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liB 1673-FN ~FISCAL NOTE 
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,,.. .,, 
FISCAL IMPACT: 

LBAO 
06-2816 
12/12/05 

The Department pf Environmental Services and thE}~·Public Utilities Commission stated this bill 1 

.will have an indeterminable impact on state, county and local expenditures in future years. 

There will be no fiscal impact on state, county and local revenue. ··· :· 

METHODOLOGY: 

The Department of Environmental Services (DES) and the Public Utilities Commission (PUC) 

state this bill intends to reduce mercury emissions from Merrimack Station, a coal burning 

electric generation plant in Bow, New Hampshire, currently owned by Public Service Company 

of New Hampshire (PSNH). As required, PSNH would install a wet flue desulphurization 
. I . 

scrubber system at the plant. The technology would significantly reduce the plant's sulfur 

dioxide emissions and is expected to reduce the plant's mercury emissions by at least 80%. The 

equipment is to be installed no later than July 1, 2013. PSNH estimates tha_t the installation 

will be at a cost not to exceed $250 million in 2013 dollars or $197 million in 2005 dollars . Any 

rate impact, therefore, would most likely be felt aft·er the period of time identified in this fiscal 

note. In assessing the rate impact for the control equipment, the $250 million would be offset to 

some degree by savings resulting from PSNH's reduced need to purchase sulfur dioxide 

allowances, and additional revenues, as PSNH would · be able to sell excess sulfur dioxide 

· allowances if it achieves greater than 80% mercury 'reduction. Based ·on PSNH's estimates, the 

cost charged to the state, counties and localities in the first year of operation of the scrubber 

system would be approximately $.1.9 million. MteJ' 10 years of operation, those entities would 

experience a net savings of approximately $500,000 per year. PSNH analyzed 3 different cost 

impact scenarios based on a low ($573/to.n), moderate ($1,073/ton), and h,igh ($1,573/ton) 802 

allowance price . DES states that the current price exceeds $1,400/ton. At the current price, 

over the 10-year time period, the project should restJlt in net savings to PSNH. 
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HOUSE BILL 1673-FN 

AN ACT relative to thci redt:rCtion of merC\.:!rJ emissions. 

06-2816 
06/03 

SPONSORS: · Rep. Ross, Hills 3; Rep. Slocum, Hills 6; Rep. Kaen, Straf7; Rep. Phinizy, Sull 
5; Rep. Maxfield, Merr 6; Sen. Green, Dist ~: Sen. Johnson, Dist 2; Sen. 
Burling, Dist 5; Sen. Odell, Dist 8; Sen. Hassan, Dist 23 

COMMITTEE: ·Solence; Techii.Btbg);:and .Energy . 
. ~ . ~ .. .. . . ' :' ' 

ANALYSIS 

This bill provides for an 80 percent reduction of mercury emissions from coal-burning 
power .plants by requiring the installation of scrubber technology no later than Juiy 1, 2013 
and provides economic incentives for earlier instai!ation and greater reductions in emissions. 
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Matter which is either -(a) all new or (b) repealed and. reenacted appears in regular type. 
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12/12/05 

The Department of Environmehtal Ser-Vices and the Public Utilities Commission stated 

this bill will h·ave an indeterminable ini.pact on state, county and local expenditures m 

future years. There Will he no fisc.al impact on s_tate, county andJocal revenue. 

METHODOLOGY: 

The Department of Environmerttal Services (DES) and the Public Utilities Commission 

(PUC) state this bill intends to reduce mercury emissions from Merrimack Station, a coal 

burning electric generation p[~nt in Bow, Ne·w Hampshire, currently owned by Public 

Serv·ice Company of New Hampshire (PSNH). As required, PSNH would install a wet flue 

desulphurization scrubber system at the plant. The technology would significantly reduce 

the plant's sulfur dioxide emissions and is expected to- reduce the plant's mercury 

emissions by at least 80%. The equipment is to be installed no later than July 1, 2013. 

PSNH estimates that the installation will be at a cost not to exceed $250 million in 2013 

dollars or $197 million in 2005 dollars. Any rate impact, therefore, would most likely be 

felt after the period of time identified in this fiscal note. In assessing the rate impact for 

the control equipment, the $250 million vvould be offset to some degree by savings 

resulting from PSNH's reduced .·need to purchase sulfur dioxide allowances, and additional 

revenues, as PSNH would be able to sell excess sulfur dioxide allowances if it achieves 

greater than 80% mercury reduction. Based on PSNH's estimates, the cost charged to the 

state, counties and localities in the first year of operation of the scrubber system would be 

approximately $1.9 million. After 10 years of operation, those entities would experience a 

net savings of approximately $~00,000 per year. PSNH analyzed 3 different cost impact 

scenarios based on a low ($57~/ton), moderate ($1,073/ton), and high ($1,573fton) 802 

allowance price. DES states tl~at the current price exceeds $1,400/ton. At the current 

price, over the 1 0-year time period, the project should result in net savings to PSNH. 



The State of Ne~ Hampshire 

Department of Environmental Services 

Michael P. Nolin 
Corrunissioner 

· January 12, 2006 

The Honorablv Lawrence C. Ross, Chairman . 
New Hampshire House ofRepresentatives ·: 
Science, Technology and Energy Committee· 
Legislative Office Building, Room 304 
Concord, New Hampshire 0330 l 

ATTACHMENT 2 

ATTACHMENT C 

Re: HB 1673- An Act Relative to Emission Reduction Standards as Required by the Clean Power 
Act 

Dear Chairman Ross and Members of the Committee: 

Thank you for the opportunity to proVide testimony in support of HB 1673 which seeks to reduce 
mercury emissions from affected fossil fuel burning power plants within New Hampshire. In accordance 
wi th the requirements ofRSA 125-0, the "Multiple Pollutant Reduction Program'', the New Hampshire 
Department of Environmental Services (DES) made a recommendation to the Legislature on March 31, 2004 
to place a cap on mercury emissions from these facilities . 

Last year, the NH Senate passed SB 128 which contained similar mercury reductions as those 
contained in HB 1673. During committee hearings in the NH Senate and in the NH House, the public outcry 
and the expert testimony for controiiing mercury emissions from our state's coal-fired power plants sent a 
clear message that significant mercury emission reductions must be made, but there were questions as how to 
best accomplish this task. Over the summer,:PSNH in consultation with DES, performed tests with carbon 
injection control technology and researched the facllity's ability to fnstall wet scrubber technology. The 
results of this work led to the conclusion t1at while carbon injection can produce quick mercury emission 
reductions, the installation of the wet scrubber technology produces superior environmental benefits. HB 
1673 is the product of months of discussions between Public Service Company of New Hampshire (PSNH), 
DES, the Office of Energy and Planning, the New Hampshire Governor's Office, and environmental groups 
that sought aggressive. levels of mercury reductions while minimizing cost impacts on electrical ratepayers. 

In order to best pro tect our citizens and environment from excess mercury emissions and to address 
the biological "hotspots" documented to exist within our state, we feel a successful mercury bill must meet 
three goals. First, it must reduce emissions as quickly as possible. Second, the chosen technology used must 
achieve the greatest mercury reduction technically feasible. And third, the technology must be-implemented 
in a way that maintains our electrical reliability and affordability, without shifting production to upwind 
states . 

HB 1673 meets these goals with the creative use of incentives and the aggressive application of 
technology. Early reduction will be achieved through additional testing of carbon injection technology with 
subsequent ongoing implementation on the most successful application of this technology. Critical to the 
success of this bill is the requirement that wet scrubber technology be installed on Merrimack Units 1 and 2 

P.O. Box 95, 29 Hazen Drive, Concord, New Hampshire 03302-0095 
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by July 1, 2013. The use of this technology not only reduces mercury very efficiently (greater than 90% in · 
most applications), but it is highly effective in removing sulfur dioxide '(S02) and small particles. This co­
benefit of reducing three pollutants simultaneously with the Sam~· equipment reduces implementation costs 
by allowing PSNH to significantly reduce purchasing S02 emission allowances, saving greater than an 
estimated $25 million per year (2005$). Based on data shared by PSNH, the total capital cost for this full 
redesign will not exceed $250 million dollars (20 13$) or $197 nril1ioii. (2005$), a C(JSt that will be fully 
mitigated by the savings in 802 emission allowances. Finally, while the scrubbertechii61ogy has ~een 
demonstrated to achieve higher levels ofmerctiry reductions than Wti?lJ:(called:forin tms bi11, .the bill 
contains a requirement that tightens the required reduction rate to the levelthat 1s acti.ially ac:fiieved 'ind is 
sustainable by the scrubber technology. Application of the req~,~ir;emeni:s in this\vay reduces project risks 
wh1le still achieVing full environmental benefits. 

· Once completed, the mercury reduction requirements ofHB 1673 shoulq bring annual power plant 
emission;; down to betow 32 po1mds per year and quite possibly beloV{_ the. 24 potilld cap envisioned in the 
former SB 128. Further, HB 1673 is clearly more strict than the federal Clean All: Mercury Rule, that may 
have to be implemented here in New Hampshire with its own associated costs beginning in 2010, if no other 
alternative such as an enacted HB 1673 is proposed to EPA prior to Nciverrib~ .2006. HB 1673 is consistent 
with. state mercury programs in Connecticut, Massachusetts, Ne'Yf Jersey, and Indiana, as well as regional and 
nationalrecommendations made by the S\ate and Territorial Air Polluti,on Pr.ogr'll:ffi'.Adrrtinistrators anq 
Association of Local Air Pollution Control Officials (S:-r:APPN ALAJ?CO);) he Northeast States for 
Coordinated Air Use Management (NESCAUM),· and the Ozone Tmri~ort, Conunission (OTC) f'or mercury 
Maximum Achievable Control Technology (MACT). Consistenfwiththe' amended SB 128, .HB 1673 does 
not allow trading of mercury emission credits. · 

If passed, this bill will be technica:lly challenging to implement 'because the existing configuration of 
the b.oilers, stacks, and air pollution control equipment at lv):errimack Stapon does not 'easily lend itself to 
installation of~dditional equipment., Due to physical constra,ints~ installlj.tion of additionat equipment to 
optimally reduce mercury emissions:would require major renovaiions':-)ls:NH has worked Iiarq to find 
creative solutions to these issues sofuat operations can be i.nahltillied whiie constructing and 'testing the 
required co11trol equipment. · · . . · 

,_..-. 

DES is committed to working with· the Legislature to develop a prtide:nt course of action to further 
reduce mercury. emissions. Should any members have questions _or need _additional information regarding 
these recornri-tendations, please feel free to contact Robert R. Sc.ott, Air Resources Division Director, at 271-
1088 or me at 271-2958. · 

0~SinclfiY, ,~· 1· ,_.'\... . (\ , 
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) . ' . " . . 

· ichael P. Nolin · 
ConuniSs1oner \ 

cc: B.B i 673 Sponsors 
SCience, Techri.ology and Energy ConunitteeMemhers 
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Commissioner 

. ·April II, 2006 

ATTACHMENT D 

The Honorable Bob Odell, Chairman 
New Hampshire Senate . #-

,1/TTIJCI/P! GNI I 0 Energy and Economic Development Committee 
Legislative Office Building, Room 304 
Concord, New Hampshire 03301 

Re: HB 167J- An Act Relative to Emission Reduction Standards as Required by the Clean Power 
Act 

Dear Chainnan Odell and Members of the Committee: 

Thank you for the opportunity to provide testimony in support of HB 1673, which seeks to 
reduce mercury emissions from affected fossil fuel burning power plants within New Hampshire. HB 1673 
is the result of several months of discussions between Public Service Company of New Hampshire (PSNH), 
DES, the Office of Energy and Planning, the New Hampshire Governor's Office, interested members of the 
Genera[ Court, and environmental advocacy organizations. DES's goa l in these discussions was to seek 
aggressive levels of mercury reductions while minimizing cost impacts on electrical ratepayers. This bill 
achieves these goals, and provides additional environmental co-benefits of reduced local sulfur and 
particulate emissions. 

While DES can appreciate the concerns some have expressed for greater reductions in a shorter 
time frame, we remain steadfast that this bill represents a thoughtful balance of environmental and economic 
concerns. 1t delivers significant, yet practicably achievable reductions in a reasonable timeframe, and 
includes meaningful incentives for additional reductions beyond the bill 's specified minimum and/or early 
action to reduce emissions. Eliminating flexibility in the required reductions and schedule will do little to 
provide actual environmental benefit, and yet may be detrimental to project financing We believe this 
package of an aggressive, yet realistic reduction target /schedule and economic incentives achieves our goals 
for meaningful environmental benefit, mainta ining electricity supply stability, and reducing financial risk and 
subsequent ratepayer impact. 

If passed, this bill will be technically challenging to .implement because the existing configuration of 
the boilers, stacks, and air pollution control equipment at Merrimack Station does not easily lend itself to 
installation of additional equipment. Due to physical constraintS, installation of additional equipment to 
optimally reduce mercury emissions would require major renovations. PSNH has worked hard to find 
creative solutions to these issues so that operations can be maintained while constructing and testing the 
required control equipment. We feel that 2013 represents a practicably achievable goal given these 
constraints. The specified technology has the potential to achieve reductions well beyond the minimum 
requirement of 80% from all affected sources (including PSNft? Schiller Station units). However, the bill 
contains significant incentives and safeguards to ensure higher·reducdons if achievab le. 

P.O, Box 95, 29 Hazen Drive, Concord, New Hampshire 03302-0095 
Telephone: (603) 27!-!370 • Fax: (603) 27 1-1 381 • TDD Access: Relay NH 1-800-735-2964 

eb site: www.des.n""."""go=v,.---------------------+--
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This bill ultimately results from the re_quirements of HB 284 (passed in the 2002 session), commonly 
referred to .as the New Hampshire-Clean Power Act. In accordance with the requirements ofRSA 125-·o (as 
established by HB 284) the "Mula'p!e Pollutant Reduction Program", tbe New Hampshire Department of 
EnvirOP,J11ental Services (DES) made iueconid.lendation to the Legislat\Jr~:o.n ¥~ch J;lr@094 to p\ace a cap 
ori fT\erciiij em,issi~J.l~ fr.9.!11 . tb7:~eJ¥..~Jlities. ln',resporise, last year,the NH Semite ii¥sed: SJ? 12& :which 
contained simil'ai merdury t~dtictionS'as those contained in HH 1.613. . , ·, c - ~; < · · ·· · :: 

During comm'ittee hearings in both th'd Senat~ and in the Ho\;s~, ~h~.p~b~,~~~~i~~~J~lihe expert 
testimony for controlling mercury emiss:ioris Nom our state's coat-fired power plants .. sent a clear message 
that significant mercury ernissi.on 'recfuct!ons 111u~t be ID!ide. Th~re were questio~s~ ho:wever, as to how best 
to a~c_ompJ\st. \histasJ<. C)':l~r,_!!;.~,}utn~~/;, ~§,~!i .\!lCqQ,~~~1~@tl~WJt!rlQ~$,.(2~lf-?.fme.{;IJ_esJ~.:""\t~c£ifbOn_ 
injection control. tecnnologj and·ii::searc.hed th:e facilitY's. ability fo iristall wet scrubbe.r technology. The 
results of this work led to the conClusion that.whiJe carb'on injection can produce quick'niercury emission 
reductions, the installation of the wet scrubb'ef,:~echnoiogy produces superior environmental benefits at a 
lower .overall cost' · · .. ,;. ·.;' · •·: , . ·': ...... ·.·!': · 

. , , ln ord.er to best P.ro!~~t,g~~\~i~i?~ns_.~ng.,~ilxirBW!l~~~ front~~cr~.~ :~.~rS~t"Y. ,~;W!f~J~ns a?d to address 
the b!~loglcal ''h~>tsP9ts" GCl,\:Ufl1~N.~~J.q; exl~t~~\!P.~IJ .?,I,Inta,!~·- ne, f,~~! t .,$!1CCessf:uJ ~2-~C,W)' pJI)- must .meet 

. thr~e goal~. FJr~t· it f]1\lst reauc~ ~:lll:\$§ .!~}1.~ il$i:qu(~ktf·.~.s: po~fi~J~::~?~.~Qn9·~ th~ :?~9.S,e~t~ph.~-9\cigy'u~ed n;ust 
ac~ i~ve the great~st mere ury. r~~4cti2~t~chn~s~Il¥J~~§,iR).e; , A_n,d t,~tr4~:1M ~7.chiJ8~9&¥ . t1t.~-~(R~ {rrip l~111ented 
in a way that maintains ou(eleqfxipal re.F.a.bili*) irid aff.qr.cJ~biHtYf without s~~ftiiig)?f941!C:.ti9.ri.: to upwi.nd 
states.. , ,· ... , .. · . . ·; . 

HB 1673 meets these ~b~ls wt~h'the ;reati~e :lis~ · ~f iri~6ndv~~ and t~:e agir~s;i~~ ~ppl\~~tioil of . . 
technology .. Early reduction will be a~hieved :through additional testing of carbon injection te<Jhno!Ogy with 
subsequent ongqing impl~m.e!ft~t.fR~ ~:9)he r\q~J§.l!~~~!i~ful',5iPPli~iti9.n _O..Qhj~ J~9hri9I~gy, , Cr.\ti~9alto the 
su~Q~~~s ~f ~his. bit 1~ i~ therequf(~~-~,hiJJiM :~f~:~~~F?~~-<!.L tr3-?.~:9tosx;~fl~~-?M.if.: ~;g:.,¥:fr.f!fu~~~~t.rrr~s. 1. ~nd 2 
by J ufy 1, 2013 , .l .he u,se ()f.t~.w.t~q~l}9lpgy :~P~ Q!11YJ~.P.\lS~~:w.~rp,u:y ,ye_ry·: ~fff-9~~NJY.(P.~WmJ~!lY greater 
than 90% i~ 111ost appl r,~l,lti():~_s),: i?~J W i~. 9igrylt_~ff~·¢t!Y.f.!.~;~~ftjovJrik,S,~.!f~( (ji~~~9.~ ;(~~2X8.-ft.i;l, s!TI~ll 

;;~;d~~n~1~~~c~~~~~bY~{i~~~W~~%4W:)i}iJ.~~~af.;£~~~~~~~z~~t~{~~~~it~~da~i.ihl~~tf~~:~~~~~~ssased 
on d~ta sp~_red py \Sflf;lf ,tlJ_e)g!~lJ~.~?.}!~.l Qo~t;r,gr,tJ;ts.fWJ,\e-9.7~1~~.~~1,1. n9,t ~.~;~e~{$,7.S.O:m~J\~?~ doHars 
(20 l J..~). ?~ $ }~7mtll!ol1 ,C29,95,$),J-8~:7t!~·~t"}1lliJ,~ .f'U.!lMp,1f~lg~1~~ .. ?Y.. ~h~}\lY\!:15f~,{~: ~Q7 .~rw,~.~/?n : 
allowances. Ftnally, wh tle the scrubgertechni;l!ogy has been demonstrated to achte.~~ ~tgh~rJ.eye_ls9f 
mercury reductions than initially called for ln"ihis bill, the bill contafns a requiremerithat tightens the 
requi'r~.4~ f~duction rate t9: .th~leye} ~fj-~tjs act~~)ly acNe.Y.~P .. ~rq Is s~~tairy~ble pyJh{s?ruqt?e:~-&~hpology. 
Appli~,a~io'n of the recjuirerrierits.irt, t)ils way r~.~uces proj'ei:t ri§~S \vh1J.e still'achie'!{~g full eriy,i~!)[lrnental 
benefits .. · ' ' ,; · if .. : · ·.. · · · · 

. Further; .HB i 673 is Cieariy ~·or~ stri~hhan the federalclean Air Me~cury.- Rule, 'th~t ;n~Y have to be 
imp lem ehted' il .9.n~ in ~:e.Y{_'ff~rl,liis,~rr.<%\J~}fsf:?.w:~. · ~~od~t~4 69~!i _begf~nJ~ii - ~~ 2_~'i ~;)r_ ~~.; 6!r~~"a.l.terna,tlve 
such as . a.n~na~ted :ri~ ·.Jpn . ~~ WRP?~,~~)9. EJ;~ pqor t9: ffove~ber~9.q6~ Hl31~7! !:~ ~?~$L~~~~~.w~t~ ~tate . 
mer.cury prograiJ1S tn Coilj1ect!cutrMassachuse~~. New J\)rsey~ aqd lndt.~na~ a$ w_.ell as reg1Q11al a_nd pat1onal 
recommendations made hy.the State _ab~f.'':rerrifor!af Aii)0 iiutio~ Program Adm[hfstratorsijlii}.ssociation of 
Local Air Pollution coi1trol'6ffici~ls-'('~fTAPP';A!A.C;\p'¢o)', tt1'e Northeast StateS 'fa·~· Cciordiii~fedAir Use 
Management (NESCAUM)1·and the Ozone Tr~nsport Commission (OTC) for mercury Maximum 

'· . ~ · 
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Senator Bob Odefl, Chairman, Senate Energy and Economic Development Committee 
HB 1673 -An Act Relative to Mercury Emission Reduction . 
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Achievable Control Technology (MACT). Consistent with the amended SB 128, HB 1673 does not allow . 
trading of mercury emission credits. 

DES is committed to working with the Legislature to develop a prudent course of action to further 
reduce mercury emissions. Should your committee members have questions or need additional irrformation 
regarding these recommendations, please feel free to contact Robert R. Scott, Air Resources Division 
Director, at271-.l088. 

cc: HB 1673 Sponsors 

Sincerely, 

_ -f\pA~~)A{t'r UMrn, 
t0 M~c~el P. Nolin 

Commissioner 

Senate Energy and Economic Development Committee 
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Public Service Company of New Hampshire 
Docket No. DE 11-250 

Witness: 
Request from: 

Question: 

William H. Smagula, Terrance J. Large 
TransCanada 

Data Request TC-02 
Dated: 06/18/2012 
Q-TC-003-SP01 
Page 1 of 41 

ATTACHMENT 3 

Please provide copies of any and all documents that PSNH or any of its employees, officials, 
representatives, agents or lobbyists provided to DES, any legislator or any state officia l to support the 
statement in DES Commissioner Michael Nolin's January 12, 2006 letter to the House Science, 
Technology & Energy Committee in support of HB 1673 to the effect that the costs of the scrubber will be 
fully mitigated by the savings in S02 emission allowances . 

Response: 
Please see the attached documents. Also see the response to TC-02, Q-TC-003. 



NH Senate Bill 128 
Proposed Amendment 

Framework 
Key Talking Points 

October, 2005 

Draft 
for Discussion Purposes · 

. Data Request TC-0~ 
Dated: 06/18120' 

Q-TC-003-SPC. 
Attachment 1 
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Scrubber Technollogy 

Data Request TC-0? -... 
Dated: 06/1 8/20 

0 -TC-003-SPL . 
Attachment 1 
Page 4 of 41 

• Best known commercially available technology today to 
remove mercury I 

• Installation price tag not to exceed $250M ...... ~ ...... 
• Scrubber Technology addresses multi-pollutant strategy 

by reducing other emissions, in particular S02, achieving 
an environmentally superior and more cost effective 
solution . 

• Coal-fired plant owners required to remove a minimum of 
80°/o of total mercury input as measured at coal fired 
boilers · 

• Scrubber project has a long lead time to 
1 

permit, 
construct and test before operations; therefore incentives 
have been created to expedite in-service date insofar as 
possible · 

• Incentives have been created to encour@ge reductions of 
greater than 80°/o 

3 



Data Request TC-0~ 
Dated: 06/18/20· --... 

Q-TCcQQ3-SPO, 
Attachment 1 
Page 9 of 41 

Costs 

• Total project capital costs shoUJid not 
exceed $250M (in year 2013 dollars) 

• Amortization of the investment and 
operational costs will be offset by 
reductions in S02 Allowance 9urchases 
required by NH Clean Power f1ct 

• Costs in early years following installation 
are further reduced by incentive provisions 
of NH Clean Power Act for SO~ reductions 

8 
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Public Service Company of New Hampshire 
Docket No. DE 11-250 

Witness: William H. Smagula 
Request from: TransCanada 

Question: 

ATTACHMENT 4 

Data Request TC-04 
Dated: 08/31/2012 
Q-TC-013 
Page 1 of 5 

Reference page 16, line 10, of Mr. Smagula's June 15, 2012 prefiled testimony in this docket, 
please provide copies of any and all "published cost statements" that have been issued in 
connection with the scrubber project since its inception . 

Resp_onse: ___ _ 
The Clean Air Project Team published three cost estimates . These updated estimates are presented in 
the company's Form 1 0-Q quarterly filings attached below. The Clean Air Project Team presented a site 
specific cost estimate of $457 million in May 2008 which was approved by NU's Board of Trustees in July 
2008. The Clean Air Project Team updated the estimated project cost to $430 million in the second half 
of 2010. A third and final update in the first half of 2011 estimated a project cost of $420 million. 



June 2008 Form 10-Q 

10-Q I june2008form I Oqfinal.htm FORM 10-Q 

[X] 

Nortl1east 
Utilitie8 System 

UNITED STATES SECURITIES AND EXCHANGE COMMISSION 
WASHINGTON, D.C. 20549 

FORM10-Q 

QUARTERLY REPORT PURSUANT TO SECTION 13 OR 15(d) OF THE 
SECURITIES EXCHANGE ACT OF 1934 

For the Quarterly Period Ended June 30, 2008 
OR 

[ ] - TRANSITION REPORT PURSUANT TO SECTION 13 OR 15(d) OF THE 
SECURITIES EXCHANGE ACT OF 1934 

For the transition period from _____ to ____ _ 

ATTACHMENT 5 

Commission 
File Number 

Registrant; State oflncorporation; 
Address; and Telephone Number 

I.R.S. Employer 
Identification No. 

1-5324 

0-00404 

1-6392 

0-7624 

NORTHEAST UTILITIES 
(a Massachusetts voluntary association) 
One Federal Street 
Building 111-4 
Springfie ld, Massachusetts 0 II 05 
Telephone: ( 413) 785-5871 

THE CONNECTICUT UGHT AND POWER COMPANY 
(a Connecticut corporation) 
107 Selden Street 
Berlin, Connecticut 06037-1616 
Telephone: (860) 665-5000 

PUBLIC SERVI<::;E COMPANY OF NEW HAMPSIDRE 
(a New Hampshire corporation) 
Energy Park 
780 North Commercial Street 
Manchester, New Hampshire 03101-1134 
Telephone: (603) 669-4000 

WESTERN MASSACHUSETTS ELECTRIC COMPANY 
(a Massachusetts corporation) 
One Federal Street 
Bui lding 111-4 
Springfield, Massachusetts 01105 
Telephone: ( 413) 785-5871 

04-2147929 

06-0303850 

02-0181050 

04-1961130 
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Our second major project ofNEEWS is the Interstate Reliability Project, which is being designed and built in coordination with 
National Grid. NU's share of this project includes a 40-mile 345 KV line from Lebanon, Connecticut to the Connecticut-Rhode Island 
border where it would connect with enhancements National Grid is designing. We expect NU's share of this project to cost 
approximately $250 million, and CL&P plans to file siting applications with Connecticut by the end of2008 with construction 
beginning in 20 I 0. We expect the project to be placed in service as early as late 2012. 

The third part ofNEEWS is the Central Connecticut Reliability Project, which involves construction of a new line from Bloomfield, 
Connecticut to Watertown, Connecticut. This line would provide us with another 345 KV connection to move power into southwest 
Connecticut, where approximately half of the state's electricity is consumed. The timing of this project would be six to twelve months 
behind the other two projects, and CL&P expects to initiate the siting process in mid-2009 with construction beginning in 20 II . The 
project is expected to be placed in service in 2013 with a cost of approximately $315 million. 

Included as part ofNEEWS are approximately $210 million of reliability related expenditures, many of which may be incurred in 
advance of the three m<Uor projects. CL&P and WMECO expect to begin filing siting applications related to some of these 
expenditures later in 2008. 

During the siting approval process, state regulators may require changes in configuration to address local concerns which could 
increase construction costs. Our current design for NEEWS does not contemplate an~nderground 345 KV lines. Building 345 KV 
lines underground would increase total costs, and our estimate could be increasedduring the siting approval process. 

Distribution and Generation Segment: We now project a total of approximately $541 million of distribution and generation segment 
capital expenditures for 2008. A summary of these estimated capital expenditures for the regulated companies' distribution and 
generation segments by company for 2008 is as follows (millions of dollars): 

CL&P 
PSNH 
WMECO 
Yankee Gas 
Totals 

$ 

$ 

299 

167 
35 
40 

541 

On February 15, 2008, Yankee Gas and NRG Energy, Inc. entered into a settlement agreement, which among other things, enabled the 
recovery of approximately $17.5 million of capital costs and expenses incurred by Yankee Gas related to an NRG subsidiary's 
generating plant construction project that has ceased. The previously reported Yankee Gas capital expenditures projection for 2008 
decreased from $56 million to approximately $40 million primarily as a result of the accounting adjustment recorded in the first half 
of2008 related to the settlement agreement. 

A summary of distribution and generation segment capital expenditures by company in the first half of2008 and 2007 is as follows 
(millions of dollars): 

CL&P 
PSNH 
WMECO 
Yankee Gas 
Other 
Totals 

$ 

$ 

For the Six Months Ended June 30, 

2008 2007 

131.6 $ 128.0 
69.4 56.3 
15.9 16.4 
6.2 29.1 
0.3 0.1 

223.4 $ 229.9 

The first half of 2008 capital expenditures at Yankee Gas were reduced by the $17.5 million accounting adjustment described above, 
while the first half of2007 capital expenditures included $9.3 million spent on its $108 million liquefied natural gas (LNG) storage 
and production facility in Waterbury, Connecticut, which was placed in service in July 2007. 

As mandated by New Hampshire statute, PSNH plans to install a wet scrubber at its coal-fired, two-unit base load Merrimack plant in 
Bow, New Hampshire (Clean Air Project). PSNH now estimates that the Clean Air Project will cost approximately $457 million, 
compared with its initial estimate of $250 million, which will be recovered through PSNH generation rates under the statute. This 
revised estimate includes significant increases in the prices for materials, construction services and engineering services required to 
design and build the scrubber and associated plant. The Clean Air Project is expected to reduce the two units' mercury emissions by 
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approximately 85 percent and sulfur dioxide emissions by more than 90 percent, as well as allow PSNH to avoid the purchase of 
30,000 sulfur dioxide credits required to be purchased .annually. PSNH expects to start construction on this project in 2009, and under 

59 
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New Hampshire statute, the scrubber must be operational by July 2013. The first half of 2008 capital expenditures at PSNH include 
$5.8 million in costs related to this project. 

Strategic Initiatives: We are evaluating certain development projects that would benefit our customers, such as new regulated 
generating facilities , investments in wide-spread advanced metering infrastructure (AMI) systems, and transmission projects to better 
interconnect new renewable generation in northern New England and Canada with southern New England, as well as interconnections 
within New Hampshire. The estimated capital expenditures discussed above do not include expenditures related to any of these 
strategic initiatives. 

Among the projects we are evaluating is construction of new transmission upgrades in northern New Hampshire to support the 
addition of 400 MW of new renewable generation (including potential wind and biomass generation), along with other upgrades to the 
New England transmission system. As our next step in the process of identifying potential solutions to the region's energy and 
environmental needs, on March 3 I, 2008, we filed a formal request with IS O-NE to analyze potential increases in the North-South 
high voltage power transfer capacity from New Hampshire into Massachusetts to deliver additional power from renewable and low­
carbon emitting resources in northern New England and Canada to southern New England. We requested that ISO-NE analyze the 
best methods of increasing that capability by 1,500 MW to 2,500 MW. We expect the economic study of some of the above initiatives 
by ISO-NE to be completed in 2009. 

Transmission Rate Matter~ and FERC ~s;gulatory Issues 

CL&P, PSNH and WMECO and most other New England utilities, generation owners and marketers are parties to a series of 
agreements that provide for coordinated planning and operation of the region's generation and transmission facilities and the market 
rules by which these parties participate in the wholesale markets and acquire transmission services. Under these arrangements, ISO­
NE, a non-profit corporation whose board of directors and staff are independent from all market participants, has served as the 
Regional Transmission Organization (RTO) for New England since February I, 2005. ISO-NE works to ensure the reliability of the 
New England transmission system, administers the independent system operator tariff (ISO Tariff), subject to FERC approval, 
oversees the efficient and competitive functioning of the regional wholesale power market and determines which portion of the costs 
of our major transmission facilities are regionalized throughout New England. 

Transmission- Wholesale Rates: Wholesale transmission revenues are based on formula rates that are approved by the FERC. Most 
of our wholesale transmission revenues are collected under the IS O-NE FERC Electric TariffNo. 3, Transmission, Markets and 
Services Tariff (Tariff No. 3). Tariff No. 3 includes RNS and LNS rate schedules to recover fees for transmission and other services. 

The RNS rate, administered by IS O-NE and billed to all New England transmission users, is reset on June I 51 of each year and 
recovers the revenue requirements associated with transmission facilities that benefit the New England region. The LNS rate, which 

we administer, is reset on January I ' 1 and June I ' 1 of each year and recovers the revenue requirements for local transmission facilities 
and other transmission costs not recovered under the RNS rate, including 50 percent of the CWIP that is included in rate base on the 
remaining three southwest Connecticut projects (Middletown-Norwalk, Glenbrook Cables and Long Island Replacement Cable). The 
LNS rate calculation recovers total transmission revenue requirements net of revenues received from other sources (i.e., RNS, rentals, 
etc.), thereby ensuring that we recover all regional and local revenue requirements as prescribed in TariffNo. 3. Both the RNS and 
LNS rates provide for annual true-ups to actual costs. The financial impacts of differences between actual and projected costs are 
deferred for future recovery from or refund to customers. In the second quarter of2008, under the terms of Tariff No.3, NU 
recovered $23 million of the 2007 underrecovery and deferred an underrecovery of $21 million for differences in the second quarter of 
2008. As of June 30, 2008, the LNS rates were in a total underrecovery position of approximately $34 million, which will fluctuate 
period to period. On June I , 2008, the RNS rate and LNS rate were increased to reflect true-ups for historical costs and to reflect 
forecasted capital expenditures. We believe that these rates will provide us with timely recovery of transmission costs, including costs 
of our major transmission projects. 

FERC ROE Decision: As a result of an order issued by the FERC on October 31 , 2006 relating to incentives on new transmission 
facilities in New England (Initial ROE Order), we recorded an estimated regulatory liability for refunds in 2006. In 2007, we 
completed the customer refunds that were calculated in accordance with the compliance filing required by the Initial ROE Order, and 
refunded amounts to regional, local and localized transmission customers. 

On March 24, 2008, the FERC issued an order on rehearing of its Initial ROE Order. In the rehearing order, the FERC, among other 
things, increased the base ROE on transmission projects for the transmission owners from the I 0.2 percent allowed in the Initial ROE 
Order to I 0.4 percent effective February I, 2005 and reaffirmed its Initial ROE Order increasing the ROE by 74 basis points for the 
period beginning November I, 2006 in recognition of higher bond yields. The rehearing order also modified the FERC's Initial ROE 
Order provision allowing I 00 additional basis points for new transmission projects that are built as part of the IS O-NE RSP by 
limiting the I 00 basis points adder solely to projects that are "completed and on line" by December 31, 2008. In order to receive 
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DATE: 

TO: 

FROM: 

GENERAL COURT 

CONCORD 

MEMORANDUM 

November 1, 2008 

Honorable John H. Lp1ch, Governor 
Honorable Terie Norelli, Speaker of the House 
Honorable Sylvia B. Larsen, President of the Senate 
Michael Yorlc, State Librarian 
Chairman Thomas B. Getz, Public Utilities Commission 

Representative Naida L. Kaen, Chair 

ATTACHMENT 7 

SUBJECT: Annual Report on RSA 374-F:S, HB 1392, Ch. 129:2, Laws of 1996 

Pursuant to Chapter 129:2, Laws of 1996, enclosed please find the Annual Report of the Electric 
Utility Restructuring Legislative Oversight Committee. ·~ .· 

If yotl have any questions or comments regarding this rep01i, please do not hesitate to contact me. 

NLK:ta 
Enclosure 

cc: Committee Members 
Joel Anderson, Commi11ee Researcher 



2008 Annual Report of the 

Legislative Oversight Comtnittee on 
Electric Utility Restructuring 

(RSA 374-F:S) 

November 1, 2008 

Committee Members 

Rep. Naida Kaen, Chair 
Rep. John Thomas 
Rep. Michael Kaelin 
Rep . Jacqueline Cali-Pitts 
Rep. Gene Andersen 
Rep. Richard Barry 
Rep. Ryan Hansen 

Sen. Lou D 'Allesandro 
Sen: Deborah Reynolds 
Sen. Martha Fuller Clark 
Sen. Robert Letourneau 
Sen. Peter Burling 
Sen . Bob Odell 
Sen. J olm Barnes 

The committee met on June 18, 2008 to receive a repmt, as required by law (RSA 
125-0: 13), regarding progress toward achieving mercury reductions at the coal-fired 
plar1t, Menimack Station, which is owned and operated by Public Service Company of 
New Hampshire (PSNH), a wholly-owned subsidiary ofNortheast Utilities(NU) which is 
headquartered in Connecticut. A similar meeting had been held at the conclusion of the 
2007 legislative session at which members had been briefed regarding the history of air 
pollution control at PSNH's power plants, including the passage of HB 1673 in 2006, 
which set the requirement that installation of a permanent scrubber was to be achieved by 
2013, and which provided incentives for PSNH to achieve early reductions. 

On June 1 B, 2008 the committee heard from PSNH regarding the experimental 
acti_vated carb_on in1ec_:tion uroject funded through a grant from the Department of Energy 
'(DOE) . Tlm proJect had been undertaken in the hope of achieving early reductions of 
mercury prior to the 2013 scrubber installation. It was explained that two problems were 
interfering with achievement of the hoped for 80% reduction, and that nothing greater 
than a 50% reduction of mercury emissions was likely. As each particular plant and its 
inputs of coal are unique, it had been impossible to predict the results in advance. In the 
case of Merrimack station, the injection of two materials seemed to work best for 
mercury reduction, but resulted in unacceptable operational problems including clogging 
in parts of the boiler and smoldering in the precipitator. 

PSNH thus concluded that proceeding with the scrubber installation is the only 
remaining remedy. It was mentioned that there were some difficulties identified by the 
project manager, URS (previousl y !mown as Washington Group), relating to the fact that 
the two units "MKl" and "MK2" are so different in size, i.e. "mismatched units" . There . . . - - ' 

•. 



was no cost information provided to indicate a significant departure from the projections 
made in 2006. PSNH reoorted that project costs would be updated with the review of 
major equipment bids .' 

Attached is the handoul that PSNI-I provided the Committee members at the June 18t11 

meeting. 

Respectfully submitted, 

,<t~~~~ 
J/-1 

Rep. Naida Kaen, Chair 
On behalf of the Committee 



PSNH Legislative Update- June 18, 2001 
Update relative to the reduction of mercury emissions at PSNH Coal Fired power plants as outlined in HB1673 
As req uired by HB 1673 (RSA 125-0:13 Compliance- Paragraph IX) PSNH shall report by June 30 , 2007 to the legislative oversight committee on electric utility 
restructuring , and the chairpersons of the house science, technology and energy committee and the senate energy and economic development committee, on 
the progress and status of: 

1) Achieving early reductions in mercury emissions: 2) Installing and operating the scrubber technology: 

DOE Mercury Reduction Project at CLEAN AIR PROJECT UPDATE 
Merrimack Unit 2 . Program Schedule Fall 06 -Spring 08 • Engineering 

- Completed ParametricTesting Nov 2006 - Projects defined in 5 major components 
- Completed Long Term Testing April 1, 2008 - Specifications developed for 4 key 
- Used various combinations of sorbents to components 

assess effectiveness • Commercial and Purchasing / U./~. 5 
- Varied rates of injections - Program Manager Hired Sept 2007 -
- Varied location of injection points - Scrubber Island and Chimney proposals are 

in negotiations 
• Long term Test Evaluations - Vendor Proposals requested and received for 

- Long term test- Fall 2007 thru March 2008 Wastewater Treatment Facility and Material 
- Equipment performance Handling System 

Balaqce of Plant Issues • Review, Permits and Approvals -

- Mercury Removal Performance - NHDES- May 12 presentation 
- Temporary Permit expected October 2008 

• Measurement tools and methods - Town of Bow -Local permitting 
Completed sorbent trap measurements - Regional Planning Commission -
Installed and monitored Hg CEMs • Site work -

- Existing oil tank removed 
• Results of Parametric tests - Site surveys and studies completed 

Initial injection plan 10- 30% 
- Warehouse construction underway 

-
On-site engineering facilities completed Enhanced injection resulted in a wide -

-
Schedule and Costs variation of results • 

- Sustainable results wi.ll depend on the ability - Tie-ins: MK#1 Fall 2012, MK#2 Spring 2013 
to resolve balance of plant issues - Project Costs will be updated with review of 

major equipment bids 
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Docket No. DE 11-250 

Witness: 
Request from: 

Question: 

Dated: 12/30/2011 
Q-STAFF-012 
Page 1 of 75 

William H. Smagula 
New Hampshire Public Utilities Commission Staff 

l\ TTACHMENT 8 

Please provide copies of all reports to the Legislative Oversight Committee on Electric 
Restructuring and other persons pursuant to the requi rements of RSA 125-0:13, IX. 

Response: 
The requested information is attached. 



Data Request STAFF-01 
Dated : 12/30/2011 
0-STAFF-012 
Attachment 3 

PSNH Legislative Update- June 18, 2008* 
Page 27 of 28 

Update re lative to the reduction of mercury emissions at PSNH Coa l Fired power plants as outlined in HB1673. 
As required by HB 1673 (RSA 125-0:13 Compliance- Paragraph IX) PS NH sha ll report by June 30, 2007 to the 11egislative oversight committee on electric utility 
restructuring , and the chairpersons of the house science, technology and energy committee and the senate energy and economic development committee, on 
the progress and status of: 

1) Achieving early reductions in mercury emissions: 2) Installing and operating the scrubber technology: 

DOE Mercury Reduction Project at CLEAN AIR PROJECT UPDATE 
Merrimack Unit 2 

• Program Schedule Fall 06- Spring 08 • Engineering 
- Completed Parametric Testing Nov 2006 - Projects defined in 5 major components 
- Com dieted Long Term T estin( April 1, 2008 - Specificatic>ns developed for 4 key 
- Use various combinations o sorbents to components .-

assess effectiveness • Commercial and Purchasing 
- Varied rates of injections - Program Manager Hired Sept 2007 
- Varied location of injection points - · Scrubber Island and Chimney proposals are 

in negotiations 
• Long term Test Evaluations - Vendor Proposals requested and received for 

- Long term test- Fall 2007 thru March 2008 Wastewater Treatment Facility and Material 
- Equipment performance Handling System 

Balance of Plant Issues . Review, Permits and Approvals -
- Mercury Removal Performance - NHDES- May 12 presentation 

- Temporary Permit expected October 2008 . Measurement tools and methods - Town of Bow -Local pl3rmitting 
- Completed sorbent trap measurements - Regional Planning Commission 
- Installed and monitored Hg CEMs • Site work 

- Existing oil tank removed 
• Results of Parametric tests - Site surveys and studies completed 

Initial injection plan 10- 30% - Warehouse construction underway -
Enhanced injection resulted in a wide - On-site engineering facilities completed -

variation of results . Schedule and Costs 
- Sustainable results will depend on the ability - Tie~ins : MK#1 F_all 2012, MK#2 Spring 2013 

to resolve balance of plant issues - ProJect Costs will be updated with review of 
major equifDment bids 

* year corrected to reflect June 2008 update 



Data Request STAFF-f11 
Dated: 12/30/2011 
Q-STAFF-012 
Attachment 3 

PSNH Legislative Update- June 26, 2007 
Page 28 of 28 

Update relative to the reduction of mercury emissions at PSNH Coal Fired power plants as outlined in HB1673. 
As required by HB 1673 (RSA 125-0:13 Compliance- Paragraph IX) PSNH shall report by June 30, 2007 to the legislative oversight committee on electric utility 
restructuring, and the chairpersons of the house science, technology and energy committee and the senate energy and economic development committee, on 
the progress and status of: 

1) Achieving early reductions in mercury emissions: 2) Installing and operating the scrubber technology: 

DOE Mercury Reduction Project at CLEAN AIR PROJECT UPDATE 
Merrimack Unit 2 

• Parametric Testing • Engineering 
- September - November 2006 - Specifications developed for key components 
- Used temporary equipment set-ups - Possible Site plan layouts developed 
- Used various combinations of sorbents to - Equipment options identified 

assess effectiveness - Vendor lists and contacts established 
- Varied rates of injections - Industry Impact of high number of scrubber 
- Varied location of injection points installations analyzed 

• Optimum plan for long term test • Commercial and Purchasing 
- Engineered and purchased equipment for - Contract Strategy determined and approved 

long-term test and post DOE use - Program Manager Specification written 
- Installed and commissioned new equipment - Program Manager out to Bid 
- Long term test- June to November 2007 • Permits and Approvals . Measurement tools and methods - Temporary Air Permit Application submitted to 
- Completed sorbent trap measurements NHDES-ARD June 7, 2007 
- Installed and monitored Hg CEMs - Town of Bow presentations and submittals 
- Identified testing methods for long-term test underway 

including new EPA methods - Company financing approvals initiated . Results of Parametric tests • Site work 
- Initial injection plan 10- 30% - Existing oil tank removal completed 
- Enhanced injection plan scattering of - Site surveys completed 

individual points between 30- 60% - South Yard studies completed 
- Sustainable results to be determined during 

long-term test 



Public Service Company of New Hampshire 
Docket No. DE 11-250 

Witness: William H. Smagula 
Request from: TransCanada 

Question: 

Data Request TC-04 
Dated: 08/31/2012 
Q-TC-017 
Page 1 of 11 

.\TT ACHMENT 9 

Please provide a copy of the July 2008 Power Advocate report for PSNH referenced on page 2 
of attachment WHS-3. 

Response: 
Attached is the requested 2008 PowerAdvocate report. 
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Merrimack Stati~{l Clean Air Project 
C~~f Estimate .Analysis 

June 17th 2008 

f~) PowerAdvoca t,e 
~ Real Results for a Complex Wo.rld 

Power Advocate. Inc. 
55 Summer Street. 9'h Floor 
Boston, MA 02110 
Tel: 617.896.7500 
Fax: 617.896.7505 
www.poweradvocate.com 



Clean Air Project Cost Estimate Analysis 

Summary 

Data Request TC-04 
Dated: 08/31/2012 

Q-TC-017 
Page 3 of 11 

As part of PowerAdvocate's analysis of the Project Cost Estimate for Merrimack Station's 
Clean Air Project (CAP), site specific factors surrounding the design and construction of the 
scrubber specific to this installation were scrutinized, along with the market forces 
associated with capital construction projects in general and retrofit scrubber projects in 
particular. The objective of this analysis is twofold: 

1. Explain why Merrimack Station's CAP's cost estimate js on the high end of the cost per 
kilowatt range for a complete FGD retrofit relative to similar FGD retrofit projects. 

2. Discuss market forces behind capital construction project cost increases in the utility 
industry, including retrofit scrubber projects, to better understand why Merrimack 

- -statioA~s CAP cost estimate- has increased from- an- estimated $250M in- 2006 to an 
excess of $350M today. 

© 2008 Power Advocate, Inc. 2 



I. Site Specific Factors 

Data Request TC-04 
Dated : 08/31/2012 

Q-TC-017 
Page 4 of 11 

It should be clearly noted that the majority of FGD projects, for sulfur and mercury scrubbers 
alike, exhibit substantial economies of scale once the absorber size reaches approximately 
550MW. The costs for the majority of a project, both in procurement and construction, 
increase exponentially for scrubber capacities that are less than this benchmark. It is not 
uncommon to find a per-kilowatt cost for a 200MW absorber to be over twice the price of a 
600MW unit. 

Based on the most recent estimate provided by URS (Estimate), the. direct cost per kilowatt 
for the installed Wet FGD (WFGD) is approximately $775 base9 t.ipon a nominal station 
capacity of 458MW. Since this cost is above industry benchmarks, PowerAdvocate 
analyzed different reasons for the discrepancy and created adjustment factors to bring the 
scope of Merrimack's CAP more in line with other similar projects. This approach allowed 
for a more realistic "apples to apples" comparison. Thrb!Jgh this comparison, PA determined 
that a levelized cost for the CAP is approximately $580/kW, or a 25% reduction from per-kW 
cost of $775. This adjusted cost is based upon applying assumed Impact percentages (i.e. 
FGD Impact % = 10%) to the Estimate cost components _ for each of the .site specific 
components, which were then totaled and sul5sequently subtracted from t~e Estimate 
resulting in the equalized $/kW. This adjusted cost falls within the benchmark range for 
projects of this size as shown below in Table 2 and Figure 1, where market data indicates 
that construction costs for wet FGD systems in the US have risen dramatically over the past 
several years and are currently in the · raQge between $2iO/kW and $654/kW (median 
$467/kW) for similar sized systems. 

The following table shows factors that were considered. 
.. ~-

Site Sp~cif.!; Compone~t "Significant Discipline/Subsystem 
,'Impact? Affected 

Mercury Scrubber I!' .~ ..... · ·~ifes BOP Engineering/FGD 
Asymmetrical Units to Single Absorber "''l<l)P Yes BOP/FGD 

Station Site Constra'ints ~ Yes BOP/MH 
.• 'Ail-Subcontract.Construc tion Basis Yes BOP Construction 

"y Foun'Ciations ,t. .... No N/A ~ 

"' Limited Highway Access" . ~~· No N/A 
Pressurized Cyclone, Boiler Yes BOP Engineering 

'i 
~ 

Table 1. CAP site specific analys is components 

Further explanation of the methodology utilized in determining the costs (as shown in the 
attached Design Differences spreadsheet, Appendix 1.1) associated with each factor are 
described below. This list is not considered all-inclusive. A conservative approach was 
employed due to other design variations for this system that could not be quantified: 

Mercury Scrubber Merrimack's CAP is designed specifically for Mercury (Hg) removal with 
an added benefit of further reducing S02 emissions. Most WFGD scrubbers in use and 
under construction today are designed primarily for S02 capture. The design differences for 
this type of approach include additional Hg oxidation controls/consideration, increased 
surface area of absorber bed , and increased contact time with flue gas to allow for full 
reaction. 

© 2008 Power Advocate, Inc. 3 
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Asymmetrical Units Combining into a Single Scrubber This is the largest design 
difference between Merrimack Station's absorber and majority of similar sized systems in 
the industry. Since Unit 2 is over twice the power of Unit 1, the flows and capacities of the 
duct and induced draft system are different. In addition there are design aspects of 
balancing unequal flows into the same duct channel that set this project apart from many 
others. 

Station Site Constraints Merrimack Station is located on the Merrimack River in central 
New Hampshire. The eastern edge of the main plant is located within ±200 feet of the river 
and there are several railroad spurs cutting North-South acros~ the station's footprint. In 
addition, the Material Handling design is slated to extend fro~,~he coal yard to the North, 
down the East side of the power block to the absorber buildingnto the Southeast. This will 
require construction of components for the MH and oth~r; syste'fh'$ tQ occur in the restricted 
space of the riverbank area directly above a rail spur. <I) .,,., • · ·~~:i:':,. 

d 't\1f'" 
,Jj:i, I I 

AII-SubcontraG-t ConstruG-tian Basis- The CAPr.will~ee~eonstructeEI with'et:Jt any EliFeet- hire 
labor from the EPCm. All aspects of the projdct will be completed in Co'ntract Packages 
utilizing a General President's Project Ma'irr'fenance Agreement (GPPMA) . or National 
Maintenance Agreement (NMA) with primarilyJ. Iocal union personnel. This approach 
simplifies management to a degree but also incurs a significant percentage mark-up to 
cover each subcontractor's overhea~ and profit. 

Pressurized Cyclone Boiler Both coal combustion units at Merrimack Station are of the 
pressurized cyclone type. This type of combustor can produce higher temperatures and 
flows than similar pulverized coal combustors. Que. to these operating characteristics, 
further engineering may be required to ensure proper long-term operation. 

•I 

Each of these factors contributes to the "uniqueness" of the CAP project when compared to 
a more standard Wet FGD system. When these attributes are summarized and used to 
levelize the per-kilowatt costr 1Merrimac Stati~:in'·s CAP is more in line with other projects of 
similar size and scope. 

© 2008 Power Advocate, Inc. 4 



. 
Other FGD Retrofits Capacity Project Cost1 

$/kW 
(MW) ($) 

Project 1 600 $150,000,000 $250 

Project 2 557 $148,000,000 $266 

Project 3 446 $141,400,000 $317 

Project 4 364 $121,600,000 $334 

Project 5 556 $188,000,000 $338 ' 

Project 6 556 $189,000,000 $349 ~ 

Project 7 576 $218,900,000 .l ' $38d~ 

Project 8 305 $127,900,000' ~ $419 

Project 9 576 $263,800,000 $458 

Project 10 390 $185:600,000 $4?6 

Project 11 416 $198,000,000 $4?.6 

Project 12 550 $261,700,000 Al $476 

Project 13 571 ~ 
I 

... $280,400,000 ' ' $491 

Project 14 363 '· ... 
~";. 

$209,80£1, 000 $57.,8 

Project 15 405 1$234,"1 00,000"'-
. ~" 

$578 'if,. 

Project 16 ~-~320 · ~ ~'195, 1 oo~'ood ~$6j0 . 
""'m\1 \ :fP' 

~ . . ! ... - .,, 
Project 17 

I' 5QO , $q041900,000 $610 
" 

Project 18 350 - $228.-~00,000 $654 

Merrimack Station ' 458 .. ..... $354,·931,,538 $775 ..... 
"""' 

Table 2. Projected Completion Costs by $/kW 

Number 
of Units2 

1 

1 

1 

"' 
1 

/ 1 

1 
... 

1 

1 

1. it. 

1 

1 

1 

1 

1 

1 

1 

1 

1 

2 

Data Request TC-04 
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In Service 
Year 

2009 

2008 

2009 

2010 

2008 

2008 

2009 

2009 

2009 

2009 
/"' 2009 

2009 

2009 

2009 

2009 

2009 

2009 

2010 

2012 

1. Different retrofit FGD projects nii:ly have different components (i.e. PJFF, SCR, PAC, ESPs) 
included or omitted affecting the; final cost. There are other inputs to project costs including 
geological and bathym"etric factors as well as site-specific requirements such as the length of the 
material handling system or pier work. In addition , Owner's Costs have also been excluded from 
this price. · 

2. Number of combustion units serving a single absorber. 
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Comparable Cost per kW 

.------
• r--------+--.----.- &---+-----------

--=-~~_: 
- ·- ._ : .---

3-o-o--<~-no --son 
Capacity of Unit (MW) 

6o-o--7oo 

• Other 1/VFGDs 

• Merrirrack Station 

.& Levelized Merrirrack Station 

-- Linear (Other 1/VFGDs) 

Figure 1. Levelized Cost for Projects ofTComparable Size 
'* 
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II. Capital Construction Project Market Trends 1 

Data Request TC-04 
Dated : 08/31/2012 

Q-TC-017 
Page 8 of 11 

Capital construction costs for new generation and transmission projects remain at historic 
levels with no clear understanding of whether or not we have reached the peak due to the 
recent volatility of costs associated with the supply market. This fact coupled with the 
increased uncertainty around projected carbon regulations and the effects of a tight labor 
market, the utility industry finds itself in a period of time where there seems to be no good 
indicator for investment decisions. Costs have, in many cases, escalated more than 75% 
since the year 2000, and ongoing pressure from global players such as China, India, and 
the Middle East may only accelerate that escalation. 

Capital construction costs for retrofit scrubber projects have in'creased by a modest 7.8% 
within the last year, with only a 1.0% increase occurring between 'the third and fourth 
quarters of 2007. Although the Construction Labor (78% increase since 2000) and 
Engineering & Project Management (44% increase since,_2000) categories combine to 
encompass approximately 47% of the total retrofit costs, the cost driver behind the large 
project increase is the Absorber (FGD Island), which has seen a 217% increase over the 
same period. The demand for absorbers has ,increased dramatically over the last few years 
as utilities perform retrofit projects to meet ongoing regulatory S.tandards have to compete 
with the increase in new coal plants domestically and interna,tionally. Given this, 
PowerAdvocate forecasts an average increase of 6.2% per year for the next five years for 
retrofit scrubber project costs, which is slightly down from-the 9.5% annualized historical 
escalation rate over the past eight years. 

' ' As shown below in Table 3 and Figure 2; '«hen thls escalation forecast factor is applied to 
the other FGD retrofits with earlier in service dates (2008 thru .201 0), the Adjusted Project 
Costs ($) and Adjusted $/kW incr,ease thus increasing the median $/kW to be more in line 
with Merrimack Station's $580/kW . . Prior to the escalation adjustment, the comparable 
projects ranged between $250/kWand $654/kW{median $467/kW); following the escalation 
adjustment, the comparable projects ranged betv.l~.~n $299/kW and $738/kW (median 
$570/kW), a 22% increase. Jhis escalation adjus't'ment further explains why Merrimack 
Station's CAP's cost estimate is on the on the high end of the cost per kilowatt range for a 
complete FGD retrofit relative~to similar FGD retrofit projects when you consider both the 
uniqueness factors and the forecast cost escalation associated with retrofit scrubber project 
costs. · 

1 Power Advocate P ADatasource Market Report, Construction Cost Indices for the US Power Market, Spring 
2008 
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Other FGD Retrofits 

Project 1 

Project 2 

Project 3 

Project 4 

Project 5 

Project 6 

Project 7 

Project 8 

Project 9 

Projeet 10-

Project 11 

Project 12 

Project 13 

Project 14 

Project 15 

Project 16 

Project 17 

Project 18 

Merrimack Station 

Capacity Project Cost Number In Service 
Adjusted 

(MW) ($) 
$/kW 

of Units Year 
Project Cost 

($)1 

600 $150,000,000 $250 1 2009 $179,665,549 

557 $148,000,000 $266 1 2008 $188,260,7 49 

446 $141,400,000 $317 1 2009 $169,364,724 

364 $121,600,000 $334 1 2010 $137,145,830 

556 $188,000,000 $338 1 ?QP~ $239,142,033 

556 $189,000,000 $340 1 ~'2008 
·" 

$240,414,065 

576 $218,900,000 $380 1 ,,.-1' ~['2009 $262,191 ,925 

305 $127,900,000 $419 1"\1 ~ fl .. !T "'2009. $153,194,825 

576 $263,800,000 $458 
~ 

..... JiJlill J 2009-.\1 !1>. $315,971,813 

- 39Q $.'!B5,6QQ,OQQ -$4+64 ,<},, 1~- -2Q09~ ;.$22-2 , 3Q6,.'!-7~ 
AiWr 3!;ft, 

416 $198,000,000 $476 1 I ~ 2009 $23i7}158,525 
'<'tl?"ii r- '+~ H ~ti, 

550 $261,700,000 $4Y~u llh 1 Ill ~ j)J 

2009 $313, 56,495 I• 

571 $280,4oo,p oo $491 I•• " 1 ,• 
>iL lli. " 2009 $335,854,800 

363 $209. 8oq1§p~~ .~578 1..m ·;~ 2009 $251,292,215 ., $~~8,, 1 i?iii $280,398,034 405 $234,100,0 ' 14"'1... 2009 

320 ~195,100,00 ' $610 : I"''" ,, 
•
1

'2009 $233,684,991 
!~. I ~;.. ' ~ """· 

5oo,,...,L ""~ ....... ·~ $3.Q,1 ,9p o.ooo . ';(r:-$6 i'o 1

" t :,, '""~ ~· ~P~ti~ l ,. 2009 $365,200,173 

35QHJ< r. 
'{lrifi 

$22S:9oo,ooo '11 $654 1 2010 $258,163,492 

•<lr~sa 
\ 

$354,931 ,538 $775·~ 2 2012 $354,931,538 
IM'tJ . '.~.Jtt\J:c 

~ 

~ft}t,,~ t • 

Taql~?· Adjusted Projected Completion Costs by $/kW 
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Adjusted 
$/kW2 

$299 

$338 

$380 

$377 

$430 

$432 

$455 

$502 

$549 

-$57'0 

$570 

$570 

$588 

$692 

$692 

$730 

$730 

$738 

$775 

Project cost in 20:12 dollars (Merrimack Station in service year) assuming 6.2% escalation in prices 
per year 

2. $/kW in 2012 dollars 
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Adjusted Comparable Cost per KW 

300 400 500 600 

Capacity of Unit (MW) 

700 

• Other 1/VFGDs 

• 1\tlerrimack Station 

• 1\tlerrimack Station Levelized 

--Linear (Other VVFGDs) 

Figure 2. Levelized Cost for Projects of Comparable Size 
•"' 
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Appendix 1.1 - Merrimack Station Design Differences from a Standard WFGD for SO:z Removal 

URS 
COST ENGINEERING 

DESIGN DIFFERENCE IMPACT? IMPACT % BOP1 IMPACT % FGD IMPACT % MH IMPACT % COMMENTS 
WFGD scrubber for Hg vs S0 2 y 0% 5% 10% 0% Additional absorber engineering and construction needs 

Asymmetrical Boilers Feeding Single Absorber y 10% 8.5% 5% 0% More complex duct and ftow design/two units into one absorber 
Station Site Constraints y 5% 5% 0% 10% Construction over railroad, confined area for MH 

All Subcontract Construction Basis y 0% 3.9% 0% 0% Remove 21% markup from applicable estimate items2 

Foundations N 0% 0% 0% 0% Foundations appear to be of relatively typical design 
Limited Highway Access N 0% 0% 0% 0% interstate 93 is relatively close via small secondary roads 

Pressurized Cyclone Boiler y 5% 0% 0% 0% Increased ftow and temperature considerations 
Totals= 20% 22.40% 15% 10% I 

Cost Adjustment- $4,256,960.20 $35,664,755.62 $15,008,229.00 $4,482,875.00 
New Totals= $17,027,840.80 $123,552,903.38 $85,046,631 .00 $40,345,875.00 

Equalized $/kW= $580.73 

1 = BOP value is made up of direct BOP costs excluding home office engineering. 
2= The BOP estimate was analyzed for URS's 21% subcontract markup factor. This markup ($6.3M) was removed from applicable items and the percentage factor calculated based on the actual costs. 

For this analysis the following values are assumed: 
HO ENG= $21 ,284,801 Engineering +eng escalation 

BOP= $159,217,659 BOP+ (escalation - eng escalation) 
FGD= $100,054,860 
MH= $44,828,750 

Total= $354,931 ,538 



Public Service Company of New Hampshire 
Docket No. DE 11-250 

Witness: William H. Smagula 

ATTACHMENT 10 
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Request from: New Hampshire Public Utilities Commission Staff 

Question: 
With respect to the increase in estimated costs of the scrubber project to $457 million 
announced in 2008: 
a. Please provide copies of all (i) communications, information and data of any kind and in any form 

presented at any time by any person, including but not limited to employees and outside 
consultants, to any PSNH or NU-affiliated management person(s) or board of directors/trustees 
(including but not limited to management and directors' committees and councils) , including but not 
limitedJo~power point presentations, do_cuments, rep_orts,_analyse_s, evaluatiQn_s and_opinions, in 
any way concerning approving the $457 million estimate, making a decision about whether or not to 
proceed with the scrubber project, or otherwise reacting to the increase in estimated costs. 

b. Please also provide copies of all minutes or other record of decisions by any PSNH or NU-affiliated 
management person(s) or board of directors/trustees (including but not limited to management and 
directors' committees and councils) in any way concerning making a decision about whether or not 
to proceed with the scrubber project or otherwise reacting to the increase in estimated costs. 

Response: 
On June 25, 2008, NU corporate management at a meeting of the Risk and Capital Committee was 
provided a detailed project description at an estimated cost of $457M for the purpose of capital project 
review and approval. The minutes of that meeting are attached. NU corporate management 
recommended approval of the project by the NU Chairman and CEO. The presentation to the Risk and 
Capital Committee as well as the presentation provided to the Board of Trustees at the July 14, 2008 
meeting are both provided. Although both documents were labeled as confidential documents protected 
from disclosure by the attorney-client privilege, PSNH waives the privilege in this specific instance to 
facilitate the review of this project. On July 14, 2008, NU Board of Trustees approved the $457M for 
Merrimack Clean Air Project Estimate. PSNH Senior Management obtained NU corporate management 
approval of an advanced in-service date for the project of mid 2012. The recommendation and approval 
are attached. 



NORTHEAST UTILITIES 
RISK AND CAPITAL COMMITIEE 
(Committee Meeting, June 25, 2008) 
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RECOMMEND APPROVAL OF CAPITAL FUNDING FOR THE PUBLIC SERVICE COMPANY 
OF NEW HAMPSHIRE CLEAN AIR PROJECT BY THE CEO OF NU AND THE CHAIRMAN 
·oF .PUBLIC SERVICE COMPANY OF NEW HAMPSlllRE 

Mr. Long directed the Committee's attention to the presentation entitled "Public 

Service Company ofNew Hampshire Clean Air Project" (the Clean Air Project) included in the 

material for the meeting and filed with the. records thereof. He then reviewed the New Hampshire 

Mercury Reduction Act that mandates compliance to mercury emissions standards, and specifies the 

installation of scrubber technology at Merrimack Units 1 and 2 no later than July 1, 2013. The law 

stipulates that Public Service Company ofNew Hampshire (PSNH) must achieve no less than a 

removal of total mercury resulting in 80% capture of the total amount of mercury contained in the 

coal burned at all ofPSNH's coal-fired units, which includes Schiller Station. Prior RaCC reviews 

of the Clean Air Project include a conceptual review on April 18, 2007, approval of an initial capital 

funding request on May 30, 2007, and approval of a revised initial capital funding request of 

·$1 0 million and up to $35 million of commitment authority on September 24, 2007. An update on 

the Clean Air Project's schedule, cost, engineering activities, risk assessment and an economic 

analysis was also provided to the Committee on April25, 2008. 

Mr. Long stated that PSNH management is now seeking approval of funding for the 

entire Clean Air Project, currently estimated at $457 million, inclusive of funds spent to date. He 

noted that the cost estimates have been defined by a competitive bidding process, and that prices 

have escalated from original estimates made in 2006 due to much higher raw material pricing and 

higher costs of engineering services. The bid proposals indicate that an in-service date of mid-20 12 

· is achievable if two key contracts can be given a limited notice to proceed by June 30. The earlier 

in-service date reduces the cost of the allowance for funds used during construction, and would allow 
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NORTHEAST UTILITIES 
RISK AND CAPITAL COMMITIEE 
(Committee Meeting, June 25, 2008) 

PSNH to take advantage of incentives built into the New Hampshire legislation for ·~early 

reductions'' ofinercwy: Mr. Long stated that despite the capital cost inc~es, the Clean Air Project 

remains economic for cUstomers. The continued operation of Merrimack Station.with a scrubber 

will maintain fuel diversity and security of domestic fuel supply in the region, while providing PSNH . . 

customers with low cost energy. Messrs. Long and Vancho then reviewed the components of the 

$457 million cost estimate;-including-contingencies of $53 million, the casn flow and earnings 

projection, financial sensitivities, financial scenarios and key fmancial takeaways. During the review 

of the presentation, the Committee raised questions and discussed risks and other matters of concern. 

It was indicated that according to the Capital Approval Policy, since this project was greater than 

$50 million it would require Board of Trustees review at the July Board meeting. Messrs. Robb and 

Shivery left the meeting during this discussion. 

After discussion, and upon motion made and seconded, the following preamble and 

resolutions were unanimously adopted: 

WHEREAS, Public Service Company of New Hampshire ("PSNH'') management 
provided the Committee with a capital project approval proposal for the PSNH Clean Air Project and 
have requested $457 million of capital funding, inclusive of funds spent to date; and 

WHEREAS; this Committee has reviewed said proposal; 

NOW THEREFORE, BE IT 

RESOLVED, that this Committee finds the following capital funding by Public 
Service Company ofNew Hampshire ("PSNH") of the PSNH Clean Air Project as described in the 
material submitted to this meeting and ordered filed with its records thereof acceptable. 

Project 

PSNH Cl~ Air Project 

IotaiCost 

$457 million, 
inclusive of funds 

spent to date 

Year of 
Completion 

201Z 
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NORTHEAST UTILITIES 
RISK AND CAPITAL COMMITTEE 
(Committee Meeting, June 25, 2008) 

Data Request STAFF-02 
Dated: 08/30/2012 

Q-ST AFF-002 
Page 4 of 50 

RESOLVED, that this Committee recommends that the Ch~innan of the Board, 
President and Chief Executive Officer ofNortheast Utilities and the Chairman ofPSNH approve the 
capital funding by PSNH of the PSNH Clean Air Project, provided however that this. Committee 
further recommends that a status update ori the project be submitted to the Committee no less 
frequently than quarterly and the capital funding by PSNH set forth above shall not be. exceeded · 
without prior approval by the Committee. · · 

Mrs. Kuhlman and Messrs. Hitchk.o, ·Large, Long and MacDonald left the meeting at 

this point. 

I . 
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jt 
fftJJ~ean Air Project Executive Summary Merrimack Stsl/011 

~ New Hampshire legislation mandates compliance to mercury emissions standards set forth 
in the NH Mercury Reduction Act · 

• Wet scrubber technology will reduce power plant mercury emissions required by New Hampshire 
law and is the technology specified by the law 

• There is no other technology which will guarantee capture of 80% of the mercury input of our 
coal fleet 

Cost estimates have been defined by a competitive bidding process 

• Prices have escalated from original estimates made in 2006 due to much higher raw material 
pricing and higher costs of engineering service 

Bid proposals indicate that an in-service date of mid-2012 is achievable if two key contracts 
can be given a limited notice to proceed by June 30 

• Earlier in-service date reduces cost (AFUDC), risk, and allows PSNH to take advantage of 
incentives built into the New Hampshire legislation for "early reductions" of mercury 

Despite the capital cost increases, the project remains economic for customers and 
provides a significant investment opportunity for PSNH 

• The NPV of Revenue Requirements of adding the Scrubber versus replacing Merrimack Station 
energy and capacity supply with market purchases is a benefit to customers of $132 Million 

• Busbar cost increases to $94.55/MWh in 2013 

• The scrubber avoids about $15 Million in sulfur credit purchases annually, included in the customer 
benefit above 

• Incremental Net Income estimated at $18.5 M in 2013- first full year of operation 

Northeast 
Utilities System 
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¥.' 'f Background - Merrimack Station Benefits 
PSNH Customers ·~ f f tflctean Air Project 

Mm iiNCk St•Uon 

~ Merrimack Station produces 3 million MWh of low cost power annually, about 35% of PSNH's 
total energy service requirement. The low cost energy produced! at Merrimack Station off-sets 
the higher cost of market purchases in the overall energy service rate 

~ Operating Merrimack Station in a cost-effective manner has beern one of the major reasons why 
PSNH's energy service rate is the lowest in the region, as much as 25% lower than the average 
of energy service supply that we track in NE 

~ Merrimack Station has control technology to satisfy NOx and particulate emissions 
requirements. With a scrubber, S02 and Mercury emissions will be controlled and Merrimack will 
be among the cleanest coal burning plants nationally 

~ Coal is the most abundant domestic fossil fuel resource in the United States supplying more 
than 50% of the nation's power generation fleet, but only 15% of New England's generation. 
Maintaining the use of this secure fuel resource is important for the diversity of the region's 
future energy supply 

~ Historically, coal has maintained a significant price advantage o~er oil or natural gas as fuel for 
the power generation sector. Operated as Regulated Generation, this cost savings flows 
directly to customers 

Norilieast 
Utilities System 
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Background - NH Clean Power Act 
i~ 

ff~~Jean Air Project 

);> The NHCPA, in 2002, was the first four-pollutant bill in the nation (S02, NOx, 
Mercury and C02) 

);> The New Hampshire Mercury Reduction Act, enacted in 2006, was the 
mercury reduction next-step envisioned by the original NHCPA 

);> The law was developed in a collaborative effort with PSNH, representatives 
from the environmental community, and the Executive and Legislative 
branches of state government 

);> The New Hampshire Mercury Reduction Act specifies the installation of 
scrubber technology at Merrimack 1 and 2 no later than July 1, 2013 

);> The law stipulates that PSNH must capture a minimum of 80°/o of the total 
amount of mercury contained in the coal burned at all of PSNH's coal-fired 
units (Merrimack and Schiller) 

Mtlfirpsck Slalion 

);> Installation of scrubber technology holds the added benefit of significantly 
reducing S02 emissions from the Merrimack Station boilers (anticipated to be 
90o/o reduction or greater) 

Northeast 
Utilities System 
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I 
The New Hampshire Mercury Reduction Act Specifics: 

~ 
f f f c1ean Air Project 

MC(rlmtcl Slalion 

~ "It is in the public interest to achieve significant mercury dmissions reductions at the coal­
burning electric power plants in the state as soon as possible. The requirements of this 
subdivision will prevent, at a minimum, 80 percent of the aggregate mercury content of 
the coal burned at these plants from being emitted into thle air by no later than the year 
2013" 

~ "The Department of Environmental Services has determined that the best known 
commercially available technology is a wet flue gas desuljphurization system ... as it 
achieves significant emissions reduction benefits, including but not limited to, cost 
effective reductions in sulfur dioxide, sulfur trioxide, smalll particulate matter and 
improved visibility (regional haze)" 

~ "The owner of the affected coal burning sources shall work to bring about early 
reductions (of mercury emissions) and shall be provided incentives to do so" 

! 

~ "The installation of scrubber technology will not only redupe mercury emissions 
significantly but will do so without jeopardizing electric reliability and with reasonable 
costs to consumers" 

~ "The installation of such technology is in the public interel t of the citizens of New 
Hampshire and the customers of the affected sources" 

~ "The mercury reduction requirements set forth in this subdivision represent a careful, 
thoughtful balancing of costs, benefits, and technological feasibility and therefore the 
requirements shall be viewed as an integrated strategy of non-severable components" 

Northeast 
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Estimate of Project Costs 
II. ,;;,; , g:p 

f f f Clean Air Project 
Metrlmack Sl1liotr 

Direct Project Costs 

~ Major Contract Islands: (firm price bids) 
• FGD System 
• Material Handling 
• Waste Water Treatment 

• Chimney 

;.. PSNH Project Costs 

~ Program Manager Costs 
(URS Washington Group) 

• Balance of Plant & Interconnection 
• Engineering and Construction 

Management 

TOTAL DIRECT PROJECT COSTS 

$100M 
$45M 
$15M 
$13M 

$30M 

$93M 

$59M 

$355M 

~ PSNH Project Contingency 

~ Program Manager Contingencies 
• Materials Escalation 
• Contingency 
• Scope Growth 

TOTAL PROJECT CONTINGENCIES 

;.. Power Advocate's Defined Costs Savings 
• Project cost deduction 

);;> Anticipated Value Engineering* 
• Scope reduction 

TOTAL ANTICIPATED COST REDUCTIONS 

~ NU Corporate Costs 
• AFUDC 
• Indirect Costs 

TOTAL CORPORATE COSTS/AFUDC 

Total Project Cost Estimate = $457M 

*Note: Alternative material handling proposal in consideration that would reuse existing station equipment and reduce project costs by about $5M 

Northeast 
Utilities System 
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$10M 

$23M 
$15M 
$ 4M 

$53M 

($6M) 

($5M) 

($11M) 

$55M 
$5M 

$60M 
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Cashflow and Earnings Projection 

180 
$Millions 

' 120 
' 

60 
$0.8 

0 
2006 

$Millions 

$20 

$15 

$10 

$5 

$-

$0.6 

2008 

Capital Spending by Year 

$165.6 

$1.9 $41.2 

2007 2008 2009 2010 

Estimated Earnings By Year 

• ARJDC Earnings • Ratebase Earnings 

$0.8 $1.6 

2009 2010 2011 

Assumptions: 

• Base-case project costs are estimated at $457M 

• 
• 
• 

Project expected to be in-service on June 30, 2012 

Assumes 9.81% ROE on 47.23% of Capital Structure 

Average Shares outstanding per 2009-2013 Forecast 

2011 

2012 
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Financial Sensitivities 
~ fd;lean Air Project 

Mcmm><J< SlaUon 

• Base-case assumptions result in net customer benefit of $132 Million and a 2013 busbar 
cost of $94.55 

• Net customer cost is most sensitive to expected future natural gas and coal prices 

CAPITAL COST 

2012 GAS PRICES, MMBTU3 

2012 COAL PRICES, MMBTU3 

2012 RGGI./FEDERAL. 

CARBON 

Notes: 

($159) $92.31 $(2.24) l $2 .24 

$(0 1) I $81 ($51) 

($84) ($180) 

($158) 

$(43) I $48 $92.02 i-{2 53) i $2.53 

($1 06) $92.53 $(2 o:?) I $2.o2 

White text in bars represents change in values; 

Black text beside bars represents sensitivity result. 

1. NPV Net Customer Cost= (2008 Present Value of Merrimack Plant Revenue Requirements from 2012 to 2027) minus (2008 Present Value 
of Market Energy plus 2008 Present Value of Capacity Payments from 2012 to 2027). 

2. Amounts presented reflect RGGI/federal (Lieberman-Warner) cost estimates. Impacts are equivalent at given prices since RGGI does not 
provide for carbon allowances but federal proposals are assumed to include Merrimack allocations starting at 67% (per Lieberman-Warner). 

3. Fuel and carbon costs are escalated at 2.5% per annum off of the 2012 estimate. 

Northeast 
Utilities System 

$96.79 

$97.08 

$96.57 
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f 

Financial Scenarios ~ d
~l 

f ~Clean Air Project 

NPV- NET CUSTOMER CoST' 

MONTHLY RESIDENTIAL CUSTOMER COST IMP A~ 

2013 PLANT BUSBA.R COST ($/MWH) 

NEr INC- 2013 (FIRST FULL YEAR IN-SERVICE:) 

ASSUMED PROBA.PILITY 

PARAMETERS 

CAPITAL COSTS, MILLIONS 

2012 GAS PR.ICES, MMBTU
2 

2012 COAL PRICES, MMBTU3 

2012 CARBON COSTS, TON (RGGI/FEDERAL)2
'
3 

CASE LEGEND 

Mcrrfmack Station 

CAllE~ PRO..IBC'I' IN1lEi:RVIC&: Dli;LA Ym> ON&: 'iaAR AND COST OVQruN ($o45M), COOUN<ll 'I'OW&:R .&.ril">l'ftaN ($30M), MINIMAL (O;As/COAL. SPRE:AD 

CASE: R£i'ltJOCTS PRO.E:C'I' IN11ERVIc&: ON'ttMil: Wl'IH COST OV'EtRUN ($1OM), COOUNG TOWER .ACD.l1lON ($3

1

0M), D&:CRE:AS&:O ~/COAL. SPRE:AD 

~ ASSt.MP'nONS 

CASS: lmP'I..ECTS PRO.E:C'I' lr-HIERVIQ&: 6 MONI'liS IU.RLY ($1 OM), PROJ!itOT COSTS AS a:x:P&:cn;:D, EI&:NIGN ~ON I..SGISL.A1tON, INCRE:AS:Ero GA!/1/ COAL. SPRE:AD 

RE:I"L.&:CTS PRO.E:C'I' 1N11ERVICE 6 MONniS EARL.Y ($1OM) Wl'IH LOWER THAN &:XPEC11m COSTS ($ 1 OM), NO CARe ON I..EGISL.A1tON, MAXIMUM GAS/COAL. SPRE:.AC 

1. NPV Net Customer Cost = (2008 Present Value of Merrimack Plant Revenue Requirements from 2012 to 2027) minus (2008 Present Value of 
Market Energy plus 2008 Present Value of Capacity Payments from 2012 to 2027). 

2. Amounts presented reflect RGGI/federal (lieberman-Warner) cost estimates. Impacts are equivalent at given prices since RGGI does not 
provide for carbon allowances but federal proposals are assumed to include Merrimack allocation1

1

s starting at 67% (per Lieberman-Warner) . 

3. Fuel and carbon costs are escalated at 2.5% per annum off of the 2012 estimate. 

4. Based on NPV Net Customer Cost levelized over the period 2012-2027, and average residential usage of 500 kWh per month. 

Northeast 
Utilities System 
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~ Economic Analysis Supports That Merrimack 
Station With Scrubber Will Be Dispatched 

d~ 
tt f Clean Air Project 

M'"fm~k SlaHon 

140T-----------------------------------------------------------------------~ 
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-Natural Gas at $11.00lmmbtu, delivered 

--Natural Gas w/ C02 at $7/ton 

-MK w/Serubber and Coal at $4.82/mmbtu, delivered 

-MKw/Scrubber and C02 at $7/ton 

~~· = MK w/Scrubber and 1.5 M Free Allowances 

• Natural Gas plant heat rate of 7,620 Btu/kWh in a Combined Cycle unit 

• S02 at $500/ton, NOx at $1 ,300/ton 

Privileged and C9RiddiAtial Prw~argQ it ~Ra i!lirietieR efGewRsiJ, PretJifiil iR lrAtiBif!&tieH efbi~i~Mief! . 10 
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Key Financial Takeaways 

~ Customer value of scrubber installation extremely sensitive to future expected natural 
gas/coal price spread 

• At assumed 2012 price levels and other base case parameters, a spread of 
approximately $5.29/mmbtu (escalating) is required to create customer benefits 

~ Impact of RGGI/Federal carbon legislation is not expected to render scrubber 
investment uneconomic to customers at current projected! costs 

• Assumes any Federally imposed carbon legislation ~auld grant carbon allowances 
to generators (approximately 67%, of Merrimack's requirement) 

• Absent Federal allocations (or under RGGI), assuming all other base case 
assumptions, a 2012 carbon cost of $30/ton (escalatipg) or greater would eliminate 
customer value of scrubber installation 

~ Assuming base case fuel and carbon assumptions, capital cost estimates have 
meaningful headroom before rendering investment unecopomic 

• However, reductions in natural/gas coal spread and increases in carbon costs 
would put pressure on ability to construct within the current projection 

Northeast 
Utilities System 
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Project Benefits are Accentuated by Advancing the 
In-Service Date to mid-2012 

f 
~~ 

ff~ Clean Air Project 
Mntrl1111ck Sllflioo 

)' Financial 

• Reduces AFUDC cost by $10 Million 

• Limits exposure to material or labor cost escalation for project 
elements not covered by firm price contracts 

• Generates real earnings one year sooner 

)' Environmental 

• Eliminates an additional 31 ,350 tons of S02 

• Eliminates an additional 229 pounds of Mercury 

• Reduces particulate emissions to less than 1 °/o one year sooner 

)' Customer 

• Produces "early reduction mercury credits" that can be used for 
- Compliance in future years if operational issues with the scrubber arise 

- Conversion to fungible S02 allowances (estimated at 12,500 allowances) 

Northeast 
Utilities System 
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Revised Project Schedule 
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Regional Barriers to Adding New Base Load Generation in 
New England Cause Merrimack to be Strategically Positioned 
for Re-Investment 

&f 
-~ ff~c/ean Air Project 
/lltltrlmiCk Sl•llon 

);> · New base load power plants (coal, nuclear, IGCC) are not on the near or mid-term 
horizon for the region, making re-investment in environmental technology at existing 
assets the necessary strategy to maintain appropriate base-load supply 

);> Current market players are engaged in blocking opportunities for new, lower cost, 
regulated generation assets, making preservation of existing assets increasingly 
important 

);> ISO-NE market rules, and the current economic climate, make it nearly impossible 
for prospective generators to secure financing and overcome the substantial 
"barriers to entry" to build new generation in the region 

);> New England electric energy supply is highly dependent on natural gas, and costs 
are subject to corresponding commodity price volatility, and long-term price 
mcreases 

);> In addition to the support these barriers provide for continued operation of existing 
base-load plants: 
- Brattle Group analysis of future NE energy markets indicates that all coal 

generation, including Merrimack, will continue to operate economically 
- Operation of Merrimack Station on coal provides stability to the power supply 

in the region 
Loss of PSNH's Merrimack Station would call into question the viability of 
operating the remaining generating assets as a fleet 

Northeast 
Utilities System 
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Conclusion f.d!ean Air Project 

~ Installation of the scrubber is required by NH law to meet mercury emissions 
requirements 

Merrlmaclr. station 

~ Merrimack Clean Air Project capital costs have increased significantly since the 
original project costs estimates were prepared in 2006, and stand at $457M 

~ Under the base case and with varying assumptions, continued operation of 
Merrimack Station with the Clean Air Project remains economically beneficial 
for customers 

~ State law allows for recovery of prudently incurred costs to construct and operate 
the scrubber 

~ The project team is in place and prepared to execute contracts now and begin 
construction in earnest late this year, with a project in-seryice date of mid-2012 

~ · The proposal to construct and operate a scrubber at Merrimack Station, in 
conformance with the NH Mercury Reduction Law, is in tHe best interest of PSNH's 
customers and shareholders 

Northeast 
Utilities System 

I 
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Noriheasi 
Utilities System 

Appendix Materials 

PSNH Clean Air Project 

June 25, 2008 
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Risk Assessment, Major Risk Concerns 

Remaining bids received from 
vendors are significantly 
higher than expected related 
to material and handling 
costs. Note: The bids on the 
major equipment have been 
received. 

Lack of sufficient, qualified 
construction labor results in 
increased costs to import 
labor resources, schedule 
delays to wait for resources 
to become available. 

Inability to lock in firm prices 
during contracting phase 
exposes the project to price 
volatility and currency risk. 

Northeast 
Utilities System 

2009-12 

2008-9 

$50 million 10% $5 rnillion 

$25 million 20% $5 1
11ion 

~ 
J} 

f f f c1ean Air Project 
Merrimack Slstion 

Currently carrying out the 
procurement schedule. The 
Purchasing area is trying to 
stimulate competition during 
the bid process. Lastly as the 
required implementation date 
allows for some slippage in 
the schedule. 

WGI will initiate the National 
Maintenance Agreement. 
Meetings have been held with 
the union trades to discuss 
the project and labor 
requirements up front. 

The RFP is being structured 
for fixed/lump sum pricing. 
The contract will be 
negotiated to try and include 
these parameters. 

17 



Risk Assessment, Major Risk Concerns 

Vendors unable to meet 
project design criteria 
~esulting in non-conforming 
bids. Note: bids received with 
mercury criteria. Risk relates 
to remaining design 
specifications. 

Inability to design appropriate 
plant integration plans 
resulting in MK1 bypass, 
boiler implosion and noise 
issues. 

Scope definition changes 
drastically during construction 
resulting in additional 
expenditures and/or potential 
schedule delays. 

Proposed design is 
inadequate and does not meet 
operability/reliability/ 
constructability requirements 
resulting in complete 
redesign. 

Northeast 
UDiities System 

2008-9 $25 million 25% $6.25 million 

2008-9 $12.5 million 50% $6.25 million 

2008-12 $18.75 million 20% $3.75 million 

2008-9 $12.5 million 30% $3.75 million 

.. , 
~~ •• z;~ , .'?i; 

f f Vaean Air Project 
Merrimack 51st/on 

In the event this occurs, an 
acceptable outcome will be 
negotiated during the 
procurement process. 

PSNH contracted with 
experienced contract program 
manager in Scrubber 
installations. Additionally, NU 
personnel will be reviewing 
design specifications for 
reasonableness. 

PSNH team will work closely 
with WGI & EPC contractors 
to minimize the impact. 

PSNH contracted with 
experienced contract program 
manager in Scrubber 
installations. Additionally, NU 
personnel will be reviewing 
design specifications for 
reasonableness. 

18 
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Scrubber Schematic fd~ean Air Project 
' 

Li 

Merrimaa< Station 

Wet Flue Gas Desulfurization Tee i nology 
Flue Gas · Stack 

Limestone slurry scrubbing 
Flue Gas to form Gyps 

Water 

Flue gas 
From Existing 
Boilers 

BALL MILL 

J 

. . . . . . .. .. 
:· ~ ~· 

ABSORBER 

Reduced 
1 

rcury Emissions 
Reduced S

1 

lfur Emissions 

Waste Water 
Treatment Plant 
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- .. -] 
Merrimack Station: 2008 

Northeast 
Utillties System Pdvi'eged and Cgpfiden*ia' Prepared ?1 th e djrec+jgp gfCo'msel prepared jn Anticipation gfl jtigatioo 

~,. 

.. !~ 
••~Clean Air Project 

MemmiCI<Stalfon 
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Merrimack Station: 2013 

Northeast 
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ffQ~Iean Air Project 
Merrimack Station 
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Project Organization 

·. civil 

. . . 

·· Maj.or 

1/f 

~ 
ff~ Clean Air Project 

Merrimack StatiM 

Operations 
Maintenance 

· Mecn<:mical 
Electrical 
Controls 
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:Historic Price Volatility Suggests Coal 
:Will Find a Way to be Cheaper than Alternatives 
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I 
PSNH Actual/Quoted Delivered Fuel Costs 

1995 1996 1997 1998 1999 2000 2001 2002 2003 200r 2005 2006 2007 2008 

• Natural Gas C#6 Oil • Coal 
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Merrimack Slatirm 
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ISO-NE Energy Supply by Fuel Type f~.~ean Air Project 

Northeast 
Utilities System 

2003-2006 Average o/o Generation 
New England States 

0.01 o/o 6.47o/o 
• coal 
•Gas 

Merrlmaci< Stalioo 

o Nuclear 

LJ Oil 

• Hydro 
• wind 
•other 
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Clean Air Project 
Merrimack Station 

Public Service Company of Net Hampshire 

Clean Air Project 

Capital Project Review and ApJroval 

Northeast Utilities 

Board of Trustees 

Gary Long/Cameron Bready 

July 15, 2008 
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Executive Summary Clean Air Project 
lltrrlmm Sll!fioil 

)o> New Hampshire legislation mandates compliance to mercury emissions standards set forth 
in the NH Mercury Reduction Act 

• Wet scrubber technology will reduce power plant mercury emissions required by New Hampshire 
law and is the technology specified by the law 

There is no other technology which will guarantee capture of 80% of the mercury input of our 
coal fleet 

_>. Cost estimates have been defined by a competitive bidding process 

• Prices have escalated from original estimates made in 2006 due to much higher raw material 
pricing and higher costs of engineering service 

> Bid proposals indicate that an in-service date of mid-2012 is achievable 

Earlier in-service date reduces cost (AFUDC), risk, and allows PSNH to take advantage of 
incentives built into the New Hampshire legislation for "early reductions" of mercury 

Despite the capital cost increases, Merrimack Station remains economic for customers 
under expected conditions and provides a significant investment opportunity for PSNH 

• The NPV of Revenue Requirements of adding the Scrubber versus replacing Merrimack Station 
energy and capacity supply with market purchases is a benefit to customers of $132 Million 

• The scrubber avoids about $15 Million in sulfur credit purchases annually, included in the customer 
benefit above 

• Incremental Net Income estimated at $18.5 Min 2013- first full year of operation 

~····-.,_ 
~ \ Northeast 
~!~ Utilities System 
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Background -
Merrimack Station Benefits PSNH's Customers 

I 

tl 

fl ~lean Air Project 
Afcrrlm'd< S(.t/ao 

>- Merrimack Station produces 3 million MWh of low cost power annually, about 35% of PSNH's 
total energy service requirement. The low cost energy produced at Merrimack Station off-sets 
the higher cost of market purchases in the overall energy service rate 

> Operating Merrimack Station in a cost-effective manner has been one of the major reasons why 
PSNH's energy service rate is the lowest in the region, as much 1s 25% lower than the average 
of energy service supply that we track in NE 

> Merrimack Station has control technology to satisfy NOx and particulate emissions 
requirements. With a scrubber, S02 and Mercury emissions will bk controlled and Merrimack will 
be among the cleanest coal burning plants nationally 

>- Coal is the most abundant domestic fossil fuel resource in the United States supplying more 
than 50% of the nation's power generation fleet, but only 15% of ~ew England's generation. 
Maintaining the use of this secure fuel resource is important fort e diversity of the region's 
future energy supply 

> Historically, coal has maintained a price advantage over oil or nat~ ral gas as fuel for the power 
generation sector. Operated as Regulated Generation, this cost savings flows directly to 
customers 

Continued operation of Merrimack Station with a scrubber will maintain fuel 
diversity and security of domestic fuel supply in the 150-NE region, while 

providing PSNH's customers with low cost energy. 
----------------~ 

~~·····" i!fjf1 • Northeast 
~I, Utruties System 
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Financial Assessment- Summary Metrics 

Total Installed Capital Costs 
Capital Cost $ I kW 

NPV of Base Case Customer Benefit 

2613 Net Income Contribution 

2013 EPS Contribution {Diluted) 

Busbar Cost {2013) 

Key assumptions : 

• Project in-service on June 30, 2012 

• 9.81% ROE on 47.23% equity component of capital structure 

$457M 
$1,0001 

$132M 

$18.5M 

$.04/share 

$94.55/MWh 

• Base case natural gas price of $11/mmbtu, coal of $4.82/mmbtu and carbon of $7/ton 

Note: 

Data Request STAFF-02 
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1. For reference, capital costs for a new CCGT would be approximately $1,600- $1, 700/kw. A new peaker would be approximately $950- 1,000/kw. 

~h 

lf!1 ~ Northeast 
~l~ Utilities System 
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Estimate of Project Costs 

Major Island Contracts (Firm-Price Bids) 
FGD System 
Material Handling 
Waste-water Treatment 
Chimney 

PSNH Project Costs 

Other Program Manager Costs 
Balance of Plant and Interconnection 
Engineering and Construction 
Contingency and Escalation 

AFUDC 

Total Direct Costs 

INU Indirect Costs 

I Project Total 

Noriheast 
Utilities System 

$100M 
$45M 
$15M 
$13M 

$44M 

$91M 
$35M 
$52M 

$57M 

$452M 

$5MI 

$457MI 
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' f f Clean Air Project 
MCrrim•~:k St.1iloa 

• • bit· 

PJ ject Costs by Component 

$Millions I 

$500 

$400 

$300 

$200 

$100 

$0 

* Includes PSN 

1 

l 

$48 

Current Estimate 

IIIII Material Handling 
• chimney 
0 Balance of Plant 
0 Contingency & Escalation 

Project Costs, Indirect Costs, and AFUDC 
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Financial Assessment - Overview • f f Clean Air Project 
M~Strtlal 

~ Customer benefit/cost of scrubber installation is dependent upon customer 
alternatives for securing the energy and capacity provided by Merrimack 
• Analysis assumes that customers will procure energy and capacity from 

the market if Merrimack is not operational 
• Market price for energy will likely continue to be set by natural gas units for 

the foreseeable future 
-7 Expected future price for natural gas and the spread between natural gas prices 

and coal prices are critical to assessment of customer impacts 

~ Financial customer benefit/cost determined as follows: 
• PV of net revenue requirements of Merrimack facility (including new 

scrubber) - PV of market energy and market capacity costs 
• Customer benefit is achieved when the revenue requirements of Merrimack 

are lower than the costs of procuring the energy and capacity that would 
otherwise be provided by Merrimack from the market 

).;> Future impact of carbon may play an important role in determining ultimate 
customer benefit/cost 
• Carbon costs are expected to impact electricity rates, but coal plants will 

likely be disproportionally affected given their emission rates versus natural 
gas plants 

~\''""\ lifl . ~ Nortlteast 
~l~ Utilities System 
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Financial Sensitivities 

Y Base-case assumptions result in net customer benefit of $132 million 

~ Net customer benefit is most sensitive to expected future natural gas 
and coal prices and the relative spread between the two commodities 

Assumption Category 

Capital Cost 

2 gas Prices, MMBTU2 

2 coal prices, MMBTU2 

Implied Gas/coal Spread 

2012 Carbon Costs2
'
3 

Notes: 

$(159) $(105) 

"- -· ,..,.,__,- •"' "''> .. 

: ~wJ);:)i 1 
.... .....~~ - ~ -- $31 

$(228) $(36) 

$(167) $(97) 

Text in bars represents change in values; 

text beside bars represents sensitivity result. 
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f/ Clean Air Project 
Mtrrimm St>llon 

$684 mil 

$10.10 

$5.49 

$30.13 

1. NPV Net Customer Cost= (2008 Present Value of Merrimack Plant Revenue Requirements from 2012 to 2027) minus (2008 Present Value 
of Market Energy plus 2008 Present Value of Capacity Payments from 2012 to 2027). j 

2. Fuel and carbon costs are escalated at 2.5% per annum off of the 2012 estimate. 

3. Reflects net impact on a $/ton basis for either RGGI or Federal policies excluding c:~ny allocations f f allowances. 

4. Spread not sensitized as impact depends on underlying natural gas and coal prices. Break even is based on a $4.82/mmbtu Coal Price 
(-$130 per delivered ton). 

~ ~Ito,., 

:Jl ~ Northeast 
~1~ Utilities System 
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Financial Scenarios • f Clean Air Project 
Mfftfrrmd.Stailon 

~ The following scenarios, denoted by their assumed probability of occurrence, 
demonstrate the compounding impacts of a variety of assumption changes on 
the key financial metrics for the project: 

NPV - Net Customer Cost 

Monthly Residential Customer Cost Impact 

2013 Plant Busbar Cost ($/MwH) 

Net Income- 2013 (First full Year In-Service) 

Assumed probability 

Parameters 

Capital Costs, Millions 

2012 Gas Prices, MMBTU 

2012 Coal Prices, MMBTU 

2012 Carbon Costs, Ton 

$481 MIL 
$3.70 

$102.41 
$21.5 mil 

5% 

$532 

$8.80 

$5.78 

$30 

$194 MIL 
$1.49 

$100.37 
$20.1 MIL 

$497 

$9.90 

$5.30 

$20 

($132 MIL) 
($1.01) 
$94.55 

$18.5 MIL 

$457 

$11.00 

$4.82 

$7 

($413 mil) 
($3.17) 
$87.86 

$18.1 mil 

$447 

$12.10 

$4.34 

$5 

,~($719 .. miJ 
($5.52) 
$79.44 
~7.7rn.i 

~~i~~~Case reflects project in-service delayed one year and cost overun ($45M), cooling tower addition ($30M), minimal Gas/coal Spread 
~ Case reflects project in-service on-time with cost overun ($1OM), cooling tower addition ($30M), decreased Gas/coal Spread 

Current assumptions 

tJ~~~~~Case reflectspr'?ject in-service 6 months ear~y ($10M), project C<?sts as expected, benign carbon le~islation,_increased g_§ls/coal spre~d 
Case reflects project in-service 6 months early ($10M) with lower than expected costs ($10M), no carbon legislation, maximum gas/coal spread 

~ Other scenarios considered: 
• $200 Oil Scenario: 

• $50 Carbon Cost: 

~~~,, ... ~ 

Customer Cost/(Benefit) 
($437 million) 

$70 million 

~· \ Northeast 
QJ~ Utilities System 
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Historic Fuel Spreads 
J 

f Clean Air Project 

Y Gas/Coal spread has averaged $3.18/mmbtu over the last 15 years, as compared to the 
required customer break-even level of $5.29/mmbtu (based on current price levels) 

• However, post the hurricane season of 2005, the spread has averaged $6.22/mmbtu 

Y Since January 2007, the spread has averaged nearly $6.63/mmbtu and current spreads are 
more than -$9/mmbtu 

PSNH Actual/Quoted Delivered Fuel 

20 
Average 

18 

16 

12 -----·-----~-.~~~~~----··········································· ------- ----------············· --------------- 1 -··············-·------ j - +-- ·1 .. ·---------- I · 

1 10 ----------~-----------------------------~----------·-----··----~-~-
8 ----- - -··············· -'\-------- - ----- -----·-------------- ---- · - --··············· ---- -- · - ---· · - - ----~1 

• Natural Gas Cl #6 Oil o Coal 

.,.,. 
~ -'\ Northeast 
~!f Utilities System 

P'Iivilcgcd and Cuu£dcutial. Ptcputcd at the ditcction ufOouasd. Ptcpmcel in •'mtieipatieu oflsili0 atiea. 

l 

Mem'ma<';$tlltior. 

9 



Data Request STAFF-02 
Dated: 08/30/2012 

Q-STAFF-002 
Page 38 of 50 

Key Financial Takeaways f Clean Air Project 
Merritm~<lSr.lt/on 

> Customer value of scrubber installation extremely sensitive to future expected natural 
gas/coal price spread 

• At assumed 2012 natural gas and coal price levels and other base case parameters, a 
spread of approximately $5.29/mmbtu (escalating) is required to create customer 
benefits 

• Recent spreads suggest that this level is realistic; however, historic spread levels have 
averaged lower 

> Impact of carbon legislation is not expected to render scrubber investment uneconomic to 
customers at current projected costs under RGGI 

• Absent allocations, assuming all other base case assumptions, a net carbon cost of 
$30/ton (escalating) or greater would diminish customer value of scrubber installation 

> Assuming base case fuel and carbon assumptions, capital cost estimates have meaningful 
headroom before rendering investment uneconomic 

• All other base case assumptions being held constant, capital costs can increase to 
-$684 million before eliminating customer economic benefits 

• However, reductions in natural/gas coal spread and increases in carbon costs would 
put pressure on base case capital cost estimates 

> Generation ratemaking making structure allows for PSNH to earn 9.81 o/o ROE on equity 
invested in the project under all scenarios presented 

• Assumes that project capital costs are deemed prudent 

Investment is _essenti~lly a long spread position on natural gas/to~l 
with carbon and construction risk 

~~~~-~-~~~~- - . ----~~~-~~~ 
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Revised Project Schedule 
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Conclusion 

~ Installation of the scrubber is required by NH law to meet mercury emissions 
requirements 

~ Merrimack Clean Air Project capital costs have increased significantly since the 
original project costs estimates were prepared in 2006, and stand at $457M 

~ Under the base case, continued operation of Merrimack Station with the Clean Air 
Project remains economically beneficial for customers 

~ State law allows for recovery of prudently incurred costs to construct and operate 
the scrubber 

~ The project team is in place and prepared to execute contracts now and begin 
construction in earnest late this year, with a project in-service date of mid-2012 

~ The proposal to construct and operate a scrubber at Merrimack Station, in 
conformance with the NH Mercury Reduction Law, is in the best interest of PSNH's 
customers and shareholders 

~w· , 
~ ~- Northeast 
~n~ Utilities System 
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1/ Clean Air Project 
Merrimack Station 

Wet Flue Gas Desulfurization Technology 

Limestone slurry scrubbing 
Flue Gas to form Gypsu 

Water 

Flue gas 
From Existing 
Boilers 

BALL MILL 

J 
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ABSORBER 

Flue Gas to Stack 
Reduced Mercury Emissions 
Reduced Sulfur Emissions 

Waste Water 
Treatment Plant 
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Merrimack Station: 2013 
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Risk Assessment, Major Risk Concerns fl Clean Air Project 
Merrimack Slatiun 

~- ---~ - -· .___,. _.._.....,.. _ _.,.,._, ___ - .,. -·---.-- --·- + + " -- ...,............ - ---·- ~ .... "" 
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Risk Event 

Remaining bids received from 2008 
vendors are significantly 
higher than expected related 
to material and handling 
costs. Note: The bids on the 
major equipment have been 
received. 

Lack of sufficient, qualified 2009-12 
construction labor results in 
increased costs to import 
labor resources, schedule 
delays to wait for resources 
to become available. 

Inability to lock in firm prices 2008-9 
during contracting phase 
exposes the project to price 
volatility and currency risk. 

Potential 
Project Capital 

Cost Impact 

$10 million 

$50 million 

$25 million 

..,_. ~ "-~• -• ~ '--,---~ --~--.----· -- -·---· ,- - •- -••. • ----~·· - -I 

• • l' ' • • • -

Likelihood of 
Occurrence{%) 

20% 

10% 

20% 

Expected Value 
Capital Cost 

Exposure 

$2 million 

$5 million 

$5 million 

Mitigation Plan 

Currently carrying out the 
procurement schedule. The 
Purchasing area is trying to 
stimulate competition during 
the bid process. Lastly as the 
required implementation date 
allows for some slippage in 
the schedule. 

WGI will initiate the National 
Maintenance Agreement. 
Meetings have been held with 
the union trades to discuss 
the project and labor 
requirements up front. 

The RFP is being structured 
for fixed/lump sum pricing. 
The contract will be 
negotiated to try and include 
these parameters. 

Northeaat 
Utilities System Pti e ilc0 cei anti Oonhelcatial. Picpmcel at ~10 ditcetien of Ooaascl. Picpmeel in /wtieiputioa of bitibation. 17 
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Risk Assessment, Major Risk Concerns f Clean Air Project 
f,terr nibck Sfalitm 

- .. Potenttar---
Likelihood of 

· t:xpected vatue-
Risk Event Risk Horizon Project Capital 

Occurrence(%) 
Capital Cost Mitigation Plan -- - Cost lmoact- ~ExDOSIIrA 

Vendors unable to meet 2008-9 $25 million 25% $6.25 million In the event this occurs, an 
project design criteria acceptable outcome will be 
resulting in non-conforming negotiated during the 
bids. Note: bids received with procurement process. 
mercury criteria. Risk relates 
to remaining design 
specifications. 

Inability to design appropriate 2008-9 $12.5 million 50% $6.25 million PSNH contracted with 
plant integration plans experienced contract program 
resulting in MK1 bypass, manager in Scrubber 
boiler implosion and noise installations. Additionally, NU 
issues. personnel will be reviewing 

design specifications for 
reasonableness. 

Scope definition changes 2008-12 $18.75 million 20% $3.75 million PSNH team will work closely 
drastically during construction with WGI & EPC contractors 
resulting in additional to minimize the impact. 
expenditures and/or potential 
schedule delays. 

Proposed design is 2008-9 $12.5 million 30% $3.75 million PSNH contracted with 
inadequate and does not meet experienced contract program 
operability/reliability/ manager in Scrubber 
constructability requirements installations. Additionally, NU 
resulting in complete personnel will be reviewing 
redesign. design specifications for 

reasonableness. 

Pliiuilogo~ anti C01 M8ot tisl. P1 e~at eil at the Sit cation of Go easel . Ptepm eei in /cutieipatica of Litigation . 18 



Cashflow and Earnings Projection 

180 

120 

$Millions 

Capital Spending by Year 

$165.6 

$1.9 $41 .2 6
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$0.6 
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2007 2008 

Estimated Earnings By Year 

Ei!l AFUDC Earnings 11 Ratebase Earnings 

$0.8 $1.6 

2009 2010 2011 

$.00 $.01 $.02 

Assumptions: 

• Base-case project costs are estimated at $457M 

• 
• 
• 

Project expected to be in-service on June 30, 2012 

Assumes 9.81% ROE on 47.23% of Capital Structure 

Average Shares outstanding per 2009-2013 Forecast 

2012 

$.03 
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fl Clean Air Project 
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Project Benefits are Accentuated by Advancing the 
In-Service Date to mid-2012 

~ Financial 

• Reduces AFUDC cost by $1 0 Million 

• Limits exposure to material or labor cost escalation for project 
elements not covered by firm price contracts 

• Generates real earnings one year sooner 

~ Environmental 

• Eliminates an additional 31 ,350 tons of S02 

• Eliminates an additional 229 pounds of Mercury 

• Reduces particulate emissions to less than 1 °/o one year sooner 

~ Customer 

• Produces "early reduction mercury credits" that can be used for 

Data Request STAFF-02 
Dated: 08/30/2012 
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~~Clean Air Project 
MettlmxtSrafJcm 

- Compliance in future years if operational issues with the scrubber arise 

- Conversion to fungible S02 allowances (estimated at 12,500 allowances) 

~ "-";. 
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FOR APPROVAL BY THE 
NORTHEAST UTILITIES 

RISK AND CAPITAL COMMITTEE 

June 25, 2008 

PUBLIC SERVICE COMPANY OF NEW HAMPSHIRE CLEAN AIR PROJECT 

ISSUE: 

The Northeast Utilities Risk and Capital Committee (RaCC) provides oversight and input 
for capital programs and projects exceeding $10 million. The PSNH Clean Air Project was 
brought to RaCC on May 30, 2007 for conceptual project review and initial funding 
approval, and for revised initial funding approval on September 24, 2007. 

Consistent with the NU RaCe Charter, the PSNH Clean Air Project is being brought to the 
RaCC for review and recommendation for approval to the Chairman, President and CEO 
(CEO) of NU and Chairman of Public Service Company of New Hampshire. 

RECOMMENDATION: 

RECOMMEND CEO AND CHAIRMAN APPROVES THE PUBLIC SERVICE COMPANY 
OF NEW HAMPSHIRE CLEAN AIR PROJECT CAPITAL FUNDING: 

The RaCC recommends that the CEO and Chairman of PSNH approve the expenditure 
of $457 million of capital funding, inclusive of funds spent to date as provided for in the 
attached material. 

ATTACHMENTS: 

Presentation entitled 11The Public Service Company of New Hampshire Clean Air 
Project". 

RaCC resolution recommending CEO and Chairman approval of capital funding for 
the PSNH Clean Air Project. 
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RECOMMEND APPROVAL OF CAPITAL FUNDING FOR THE PUBLIC SERVICE COMPANY OF 
NEW HAMPSHIRE CLEAN AIR PROJECT BY THE CEO OF NU AND THE CHAIRMAN OF PUBLIC 
SERVICE COMPANY OF NEW HAMPSHIRE. 

WHEREAS, Public Service Company of New Hampshire ("PSNH") management provided the 
Committee with a capital project approval proposal for the PSNH Clean Air Project and have requested 
$457 million of capital funding, inclusive of funds spent to date; and 

WHEREAS, this Committee has reviewed said proposal; 

NOW THEREFORE, BE IT 

RESOLVED, that this Committee finds the following capital funding by Public Service 
Company of New Hampshire ("PSNH") of the PSNH Clean Air Project as described in the material submitted 
to this meeting and ordered filed with its records thereof acceptable. 

~ 

PSNH Clean Air Project 

Total Cost 

$457 million, 
inclusive of funds 

spent to date 

Year of 
Completion 

2012 

RESOLVED, that this Committee recommends that the Chairman of the Board, President and 
Chief Executive Officer of Northeast Utilities and the Chairman of PSNH approve the capital futtding by 
PSNH of the PSNH Clean Air Project, provided however that this Committee further recommends that a status 
update on the project be submitted to the Committee no less frequently than quarterly and the capital funding 
by PSNH set forth above shall not be exceeded without prior approval by the Committee. 

APPROVAL OF CAPITAL FUNDING FOR THE PUBLIC SERVICE COMPANY OF NEW 
HAMPSHIRE CLEAN AIR PROJECT BY THE CEO OF NU AND THE CHAIRMAN OF PUBLIC 
SERVICE COMPANY OF NEW HAMPSHIRE. 

Approved as recommended by the Risk and Capital Committee on June 25, 2008 as set forth above: 

Date: _
0

_,_/_z_'(+-;:_0_0 __ 

-=>r I~ v: ~ ~ 
Date: ------'/'--D __ (J __ 

NORTHEAST UTILITIES 

Charles W. Shiv ry 
Chairman of the Board, Preside 
And Chief Executive Officer 

PUBLIC SERVICE COMPANY OF NEW HAMPSHIRE 

By:~fu. 
Charles W. Shive 
Chairman 

1 



Public Service Company of New Hampshire 
Docket No. DE 11-250 

Witness: 
Request from: 

Question: 

William H. Smagula 
TransCanada 

Data Request TC-04 
Dated: 08/31/2012 
Q-TC-024 
Page 1 of 19 

ATTACHMENT I I 

Reference the PSNH response to TC 2-13 in this docket, please provide any written documents 
that were provided to the Staff, the OCA and the Office of Energy and Planning in connection 
with the briefings described in this response. 

Response: 
Please-see the attached presentation. 
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Purpose of Today's Meeting 
il) 

ff,~i~Jean Air Project 

~ Recap NH Clean Power Act and Mercury Law requirements 
I 

> Define Merrimack ptation benefits to PSNH. customers 

~ Advise as to proje~t status within NU/PSNH. 

> Update cost estimates 

Merrimack Statkln 

> Confirm financial assessment of customer benefit post~scrubber 

installation 

~ Provide current thihking on project schedule 

Public Service 
of New Hampshire 2 
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Executive Summary ff ~J Clean Air Project 
MBrrlmack SttJtlon 

New Hampshire legislation mandates compliance with mercury emissions standards set 
forth in the NH Mercury Reduction Law 

• 

• 

• 

• 

PSNH must capture 80% of mercury emissions from its coal plants by June 2013 

Wet scrubber technology will reduce power plant mercury emissions required by New Hampshire 
law and is the technology specified by the law 

There is no other technology that will guarantee capture of 80% of the mercury input of our 
coal fleet · · 

On behalf of its customers, PSNH is incented to reduce mercury emissions prior to June 30, 2013 

Cost estimates have been defined by a competitive bidding process 

• Prices have escalated from ori~inal estimates made in 2006 due to much higher raw material 
pricing. and higher costs of engineering services and labor · · ·. • · . . . . .. 

Bid proposals indicate that an in-service date of mid-2012 is achievable 

• Earlier in-service date reduces cost (AFUDC) and risks, and allows PSNH's customers to take 
advantage of incentives built into the New Hampshire legislation for "early reductions" of mercury 

Despite the capital cost increases, Merrimack Station remains economic for customers 
under expected conditions 

• The NPV of Revenue Requirements of adding the scrubber versus replacing Merrimack Station 
energy and capacity supply with market purchases is a benefit to customers of $132 million 

In addition to the mercury removal benefits, the scrubber avoids about 30,000 tons of sulfur 
emissions and sulfur all9wance purchases annually, included in the customer benefit above . 

Public Service 
of New Hampshire 3 
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Merrimack Station Benefits PSNH's Customers 
t::; 

ff ·::2~~ean Air Project 
Mf!rrimack Station 

>- Merrimack Station produces 3 million MWh of low-cost power annually, about 35% of PSNH's 
total energy service requirement. The low-cost energy produced at Merrimack Station offsets 
the higher cost of market purchases in the overall energy service rate 

>- Historic high Capacity Factor and cost-effective operation of Merrimack Station has been one of 
the major reasons why PSNH's energy service rate is the lowest in the region, as much as 25% 
lower than the region's average energy service rate 

>- Merrimack Station has control technology to satisfy NOx and particulate emissions 
requirements. With a scrubber, S02 and mercury emissions will be controlled and Merrimack will 
be among the cleanest coal-burning plants in the nation 

>- Coal is the most abundant domes.tic fossil .fuel resource in the United States, supplying more 
than 50% of the nation's power generation, but only 15% of New England's generation. 
Maintaining the use of this secure fuel resource is important for the diversity of the region's 
future energy supply 

>- Historically, coal has maintained a price advantage over oil or natural gas as a fuel source for 
the power generation sector. Operated as regulated generation, this cost savings flows directly 
to customers 

Continued operation ofiVIerrimack Sta.tipn with a scrubber will maintain:Jyel ... . 
diversity and .security of domestic fuel supply in the IS O-NE reglon,. while . . . 

. . . . . . . 

· .. providing PSNH's customers with low~cost energy. 

Public Service 
·. of New Hampshire . prjvjl,:·ged and CoRtid~Rtial 
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J~;; Regional Barriers to Addling New Base-Load Generation in 
New England Cause Merrimack Station to be Strategically 
Positioned for Re-lnvestrlnent 

f f t, Clean Air Project 
Merrimack Slatkm 

>- New base-load power plants (coal, nuclear, IGCC) are not on the near- or mid-term 
horizon for the region, making re-investment in environmental technology at existing 
assets .the necessary strategy to maintain appropriate base-load supply 

>- In addition to the support these barriers provide for continued operation of existing 
base-load plants: 

- Brattle Group analysis of future NE energy markets indicates that all coal 
generation, includit g. Merrimack, will continue to operate economically 

Operation of Merrimack Station on coal increases NE's fuel diversity, 
enhancing the staJility of power supply in the region . I . . 

>- ISO-NE market rules, and the current economic climate, make it nearly impossible 
for prospective generators to secure financing and overcome the substantial 
"barriers to entry" to build new generation in the region 

Public Service 
of New Hampshire 6 
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Merrimack Station: 2008 
, ;,; 

ff~fcJean Air Project 
Merrimack Station 
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Merrimack Station: 2013 f ~~;ean Air Project 
Mu"lmack Station 

~'"'''\. 
~ i< Public Service 
~!, of New Hampshire 9 



Scrubber Schematic 
J f!<: 

f f fii cJean Air Project 
Mefflmack Station 

Wet Flue Gas Desulfurization Technology 

Limestone slurry scru~bing 
Flue Gas to form Gypsu 

I 
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ABSORBER 

Flue Gas to Stack 
Reduced Mercury Emissions 
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Waste Water 
Treatment Plant 
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Clean Air Project- Progress to Date f ~ ~ean Air Project 
Merrimack Sial/on 

Engineering 
Projects defined in 5 major components 
Specifications developed for 4 key components 

>- Commercial and Purchasing 
Program Manager hired . Septe.mber 2007 
Scrubber Island and Chimney proposals are in negotiations 
Wastewater Treatment Facility and Material Handling System bids are in negotiations 

>- Review, Permits, and Approvals 
Temporary Air permit application to NHDES, June 2007 
NHDES - May 12 presentation 
Temporary Air Permit expected October 2008 
Town of Bow - local permitting 
Regional · Planning Commission 

Site Work 
Existing oil tank removed 
Site surveys and studies completed 
Warehouse construCtion underway 
On-site engineering facilities completed 

> Costs and Schedule 
Project costs now updated with review of all major equipment bids nearing completion 
Original plan: Tie-ins: MK#1 Fall2012, MK#2 Spring 2013 
Program Manager and suppliers can support in-service one year earlier 

Public Service . 
of New Hampshire Pri, ileg~S aH8 Certtieientittl 

-- ----·-·,----
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Estimate of Project Costs 
I 

ProjeGt ~stimated to cost .$f57~ . . . . . 
• Est1mate based on f1rm pnce b1ds, currently 1n f1nal phase of negot1at1ons 

• Cost components: 

-7 Major Componjnt~ (FGD, Material Handling, 

Wastewater Treatment and Chimney) 

-7 . PSNH and Probram Manager Costs (Engineering) 

-7 · Project Contingencies 
I -7 Corporate Costs (AFUDC, lndirects) 

TOTAL Project Costs 

·----------· 

Key Drivers of Project Cost Increase 

· • · Scrubber design criteria for Mercury vs. S02 

• 

• 

Material cost increases 

Labor co~t increases 

$173M 

$170M 

$ 52M 

$ 62M 

$457M 

• 
. . I . . 

Engineering, including site congestion and interconnection 
of two dissimilar sized units into one scrubber 

Public Service 
of New Hampshire Priz:iht~IJ8 aRB Ce!iti8ential 

~.:.. 

f~~;ean Air Project 
MerrimaCk Station 
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Revised Project Schedule 
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&~ ~ Financial Assessment 
co co 
(00 
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> Though environmental stewardship comes with a cost, PSNH has determined that 
continued operation with the scrubber installation is in the best interest of 
customers 

• NPV of customer benefit $132M 
• Monthly residential customer cost i.mpact vs. alternative creates a. 

$1.01 . savings •. . . .. · 
• 2013 Station Busbar Cost . $94.55/Mwh 

> Assumptions used in performing this analysis 
• Capital Cost $457M 
• 2012 Natural Gas Price $11.00/MMbtu 
• 2012 Coal Price $4.82/MMbtu 
• 2012 Carbon Cost (RGGI) $7.00/ton 

>- Our analysis shows that customer .economics are most sensitive to the 
Coal/Natural Gas price spread and far less sensitive to capital cost or RGGI 
cost increases · · 

Public Service 
of New Hampshire 

---·-~-----,-------------

15 



tt' 
Historic Fuel Spr~ads ff 4 Clean Air Project 

MllulnUJ'k SIIIJIHr 

$! Gas/Coal spread has historiqally favored coal over natural gas and the spread has averaged 
$6.22/mmbtu since the hurriaane season of 2005 

);> Since January 2007, the spread has averaged nearly $6.63/mmbtu and current spreads are 
more than -$9/mmbtu Average 

PSNH Actual/Quoted Delivered Fuel Costs Spread 
-$6.22 
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111 Natural Gas 0#6 Oil • Coal 

PSNH believes that coal, the nation's most plentiful domestic fuel resource, which is best 
suited for stationary (power generation) use, will continue to find ways to be lower cost 

than altern~tives that are influenced predominantly by foreign supply 

Public Service 
of New Hampshire 16 
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J~;·' Project Benefits are Accentuated by Advancing the 
In-Service Date to Mid-2012 

f f <;f Clean Air Project 
MorrlmiCk StatJon 

~ Economic 

• Reduces AFUDC cost by $10 million 

• Limits exposure to material or labor cost.escalation for project elements not 
covered by firm price contracts 

~ Envii-onmental 

•· Eliminates an additional 31,350 tons of S02 

• Eliminates an additional 229 pounds of mercury 

• Reduces particulate emissions to less than 1% one year sooner 

~ Customer 

• Produces "early reduction mercury credits" that can be used for: 

- Compliance in future years if operational issues with the scrubber arise 

- Conversion to fungible S02 allowances (estimated at 12,500 allowances) 

Public Service 
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Conclusion ff~i:J Clean Air Project 

> Installation of the scrubber is required by NH law to meet mercury emissions 
requirements 

Merrimack Station 

> PSNH has made significant progress, including the hiring of a Program Manager, 
initial ·permitting, and nedotiation of contracts 

> Merrimack Clean Air Proj'ect capital costs have increased since the original project 
cost estimates were prepared in 2006, following the global trend for all commodities 
and energy, and stand ··at $457M 

> PSNH analysis supports \hat the construction and operation of a scrubber at 
Merrimack Station, in conformance with the NH Mercury Reduction Law, is in the 
best interest of PSNH's customers 

> State law allows for recovery of prudently incurred costs to construct and operate 
the scrubber 

> The project team continues to execute contracts and will begin construction in 
earnest late this year, with a now proposed project in-service date of mid-2012 

I 

Public Service 
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Public Service Company of New Hampshire 
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Witness: 
Request from: 

Question: 

Terrance J. Large 
TransCanada 

Data Request TC-03 
Dated: 08/24/2012 
Q-TC-009 
Page 1 of 1 

ATTACHMENT 12 

Reference the September 2, 2008 report by PSNH to the Commission in DE 08-103, page 15, Section 
IV.E please explain tiow PSNH arrived at the year 2012 price of $11 per MMbtu to be used as the first 
year price of natural gas and provide any and all documentation in PSNH's possession or the possession 
of any of its agents related to the choice of this price. 

Response: 
The 2012 price of $11/MMBtu for natural gas was selected by reviewing the NYMEX futures prices 
available in the summer of 2008. As shown on page 22 of the September 2, 2008 report to the NHPUC, 
the futures prices were $11/MMBtu in 2012. 
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Trade Month: August 2008 
Henry Hub Contracts Sold (NYMEX) 
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ATTACHMENT 13 
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Avg. 12 Month Running Delivered Gas Price (MA & CT} 
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Data Request TC-01 
Dated: 06/04/2012 
Q-TC-002-SP01 
Page 1 of 68 

Witness: 
Request from: 

Question: 

Frederick White, Jody J. TenBrock, Terrance J. Large 
TransCanada 

ATTACHMENT 16 

(Originally numbered TC-01, Q-TC-002 in the Temporary Rates portion of this docket) Please 
provide all fuel price forecasts available to PSNH at the time of its initial decision to construct 
the flue gas scrubber at Merrimack Station. 

Response: 
OBIGINALBESEONS~: ESNH oojeGts-to thiS-(;l~;Jestion-as it is based-upen-a-fatJity-J'>remise~Mereever~, - ------t 

the information requested is irrelevant to the subject of this proceeding. Notwithstanding this objection, 
PSNH respo~ds as follows: 

See the response to TC-01, Q-TC-001 . 

SUPPLEMENTAL RESPONSE: The initial round of contracts for construction of the scrubber were 
signed in October, 2008. The fuel price forecasts available to PSNH at that time are provided in the 
attached; which includes NYMEX (natural gas) and broker (coal) forward fuel price quotations from June, 
2008, and fuel price forecasts (various) received from industry consultants in February, March, July, and 
August, 2008. In the scrubber analyses prepared by PSNH, in advance of October, 2008, the company 
examined a range of values for various cost items, including fuel prices, and did not rely on a singular fuel 
price forecast. 
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Data Request TC01-02-SP02 
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NYMEX Closing Prices - June 11, 2008 

Natural Gas 
at Henry Hub 

12.909 
11.718 
10.596 
10.278 
10.342 
10.548 
10.767 
10.992 
11.223 
11.459 

$/MMBtu 

Transportation Basis from Henry Hub 
Transco Zone 6 Tetco M-3 

1.714 
2.178 
1.919 
1.801 
1.700 

1.216 
1.393 
1.325 
1.233 
1.1 50 



r.,ICAP. 10-Jun-08 www.upicoal.com www .icapeneray. com 
ICAP United, Inc -Coal Dan Vaughn @ 417-336-5582 fan Tapsall, Manzar Iqbal @ 203-762-6493 

Nymox fook..allko CSX-BSK < 1% physical market 

Delivery Bid - Ask Range Last Date Bid- Ask Range Last 

Jul 107.50 108.50 110.00 10-Jun 124.50 126.50 120.00 

Aug 107.50 108.50 107.75 06-Jun 123.50 124.50 

03 08 107.50 108.50 110.00 10-Jun 123.50 124.50 124.00est 

0408 109.00 110.00 110.25 10-Jun 119.50 120.50 122.00fin 

0109 110.25 111.25 111.00 06-Jun 116.50 117.50 114.00fin 

0209 110.25 111.25 110.75 06-Jun 115.00 116.00 

0309 110.50 111.50 112.20 09--Jun 114.00 11 5.00 

0409 110.50 111.50 112.50 09-Jun 113.50 114.50 83.75est 

0110 109.75 110.75 112.75 113.75 

114.75 115.75 115.00est 

112.50 113.50 108.50fin 

108.00 109.00 est 

Other Markets- Most Recent Trades 502 Bid 

Delivery Origin Btu NS02 Last Date 2008 320 

J ul csx 12500 1.2 118.00 05-Jun 2009 319 
Aug-Sep NS 12500 1.2 140.00 06-Jun 2010 177 

0304 NS 12500 1.6 121.00 22-May 2011 167 

CY09 NS 12500 1.6 102.00 06-May Seasonal NOx 

01 09 NAPP rc 13000 3.0 103.0!) 15-t,lay_ Ban~ 600 

CY 10 NAPP rc 13000 3.0 103.00 2 1-May 2008 750 

May-Aug Mon Rvr 13000 4.5/5.0 97.50 22-Apr 2009 600 

M")'_-JUI ILB bo 11500 3.5 74.00 15-Mav 2010 550 

CY09 PRB xCC 8400 0.8 13.70 09-Jun Annual NOx 

2009 4500 

Additional Market Activi ty 2010 2100 

Origin Btu MS02 Bid Ask 2011 1850 

I I 1502 
~008 trades 11 x, 315 -330 

Vaughn's VIew of the U.S. Coal Markets- a perspective provided by Dan Vaughn to assist In marking coals to market 

CAPP Coal 

Origin 

BSRvr 

Ny_mex 

BSRvr 

NS-T/K 

NS-T/K 

Mon Rvr 

U.OH Rvr 

ILB Bar e Coal 

Orl In 

L. OH Rvr 

L.OHRvr 

UP 

l O...J l.n-08 

Btu 

8800 

8400 

Btu 

12000 

12000 

11 500 

12500 

12500 

12500 

12500 

13000 

12200 

Btu 

12000 

12000 

11300 

·Prompt 

MS02 Jul 

0.8 11 .75 

0 .8 10.00 

•so2 Jul 

1.2 111.67 

1.7 108.00 

1.8 101.76 

1.2 

1.6 

1.2 145.00 

1.6 127.00 

I Jul I 
I 107.00 I 

100.25 

4.5-5.0 102.50 

6.5 75.00 

MS02 Jul 

2.0 84.00 

5.0 74.00 

1.0 63.00 

137.00 

PM+ 1 PQ PO+ 1 P0+2 

Au 03 08 Q4 08 Q1 09 

11.75 11 .75 13.50 NREFI 

10.15 10.15 10.50 MREFI 

Aug 0308 04 08 0109 

111 .50 111 .50 11 3.00 114.25 

108.00 108.00 109.50 110.75 

102.00 102.00 103.50 105.00 

142.50 142.50 141.50 131 .50 

126.50 126.50 125.50 122.50 

Aug I 0308 I 0408 I 01 09 

107.00 I 107.00 I 107.00 I 106.00 

100.50 100.50 j_ 100.50 99.50 

102.50 102.50 102.50 101 .50 

75.00 75.00 75.00 75.00 

Au 03 08 0408 0109 

84.00 84.00 84.00 83.00 

74.00 74.00 74.00 73.00 

0308 

70.00 

63.00 63.00 63.00 63.00 

140.50 

Date 

04-Jun 

10-Jun 

OS.Jun 

06-Jun 

28-Feb 

10-Jun 

29-Ma 

Ask 

330 

329 

182 

173 

675 

775 

675 

700 

5000 

2600 

2350 

PO+ 3 

0209 

!IIREFI 

MREFI 

02 09 

114.25 

110.75 

105.00 

130.00 

121 .00 

I 02 09 

I 105.00 

1 98.50 

100.50 

75.00 

02 09 

83.00 

73.00 

Copyright C 2003-2008 DanielL Vaughn, !CAP United, Inc. All rights reserved. Any unauthorized access, use, reproduction, disclosure or dissemination Is prohibited. 

The information contained herein Is confidential and Is intendrxl solely for the addressee(s). H shall nol be construed as a recommendation to buy or sell. 

The bid . ask spread is not to be construed as the actual bid -ask in the market but rather reflects the relative bid- ask range for the Nymex, CSX and PRB markets. 

All trades are based on market Information reported to /CAP United by market participants. Information is believed to be reliable but cannot be guaranteed. 

P0 +4 

QJ 09 
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.REF! 

03 09 

114.50 

111 .00 

105.25 
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120.00 

0309 

I 105.00 

I 98.50 

100.50 
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03 09 

83.00 

73.00 

63.00 
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Matt Keck@ 502-327-1417 

PRB 8800 - physical market 

Bid - Ask Ranae 

11 .25 12.25 
11.25 12.25 

11.25 12.25 

13.00 14.00 

15.60 16.10 

16.80 17.30 

17.80 18.30 

18.80 19.30 

19.15 19.65 

17.25 17.75 

19.65 20.15 

20.15 20.65 

The Dally Scoreboard 

Nymex 

Jun.Jul trades 110 

Q3trades 110 

Q41rades 112 (10), 111 (2x). 110.25 

CSXfln/Nym 

CY 09 trades 4.25 

CSX 1'/o phys 

Aug-Sep over Oct-Nov trades 4.00 

PRB 8800 fin 

Q4/Q3 trades1.75 

Last 

12.00 

11.75fin 

13.50est 

17.50 

20.45 

19.75 

CY 09 17.50 (10k). 17.75 (10k). 17.50 (10k) 

py py + 1 

CY 09 CY 10 

17,50 19.90 

13.40 15.50 

CY09 CY10 

114.38 112.75 

110.88 10\1.75 

105.13 104.50 

118.25 116.00 

115.25 113.00 

129.75 126.00 

120.75 118.50 

CY10 

103.00 

96.50 

100.75 98.50 

75.00 75.00 

CY09 CY 10 

83.00 83.00 

73.00 73.00 

CY 10 

70.00 

63.00 63.00 

CY 10 

166.00 

140.50 

Date 

04-Jun 

10-Jun 

10-Jun 

09-Jun 

27-Ma 

03-Jun 

PY+2 

CY11 

20.40 

16.00 

CY11 

111.75 

108.75 

103.75 

111.50 

108.50 

120.00 

114.00 

CY11 

98.50 

92.00 

94.00 

75.75 

CY 11 

83.00 

73.00 

CY 11 

70.00 

63.00 

CY 11 

163.25 

141.75 



PETROLEUM PRODUCT PRICES FORECAST 
No. 2 Fuel Oil (0.2% Sulfur) 

$/MMBtu (Connecticut) 

Current$ Percent Change 
Year Residential Commercial Industrial Electric Residential Commercial 
1970 $1.48 $1 .09 $0.73 $0.37 
1971 $1.56 $1.16 $0.77 $0.54 5.4% 6.4% 
1972 $1.56 $1.16 $0.77 $0.91 0.0% 0.0% 
1973 $1.77 $1 .38 $0.99 $1 .29 13.5% 19.0% 
1974 $2.88 $2.46 $2.24 $2.28 62.7% 78.3% 
1975 $2.84 $2.44 $2.41 $2.36 -1.4% -0.8% 
1976 $3.04 $2.62 $2.52 $2.40 7.0% 7.4% 
1977 $3.40 $2.96 $2.78 $2.38 11.8% 13.0% 
1978 $3.61 $3.12 $2.88 $2.00 6.2% 5.4% 
1979 $5.19 $4.59 $4.01 $3.64 43.8% 47.1% 
1980 $7.07 $6.37 $5.75 $6.13 38.2% 38.8% 
1981 $8.77 $8.04 $6.93 $7.78 24.0% 26.2% 
1982 $8.53 $7.80 $7.74 $7.31 -2.7% -3.0% 
1983 $8.46 $7.46 $7.42 $6.28 -0.8% -4.4% 
1984 $8.69 $7.41 $6.95 $6.21 2.7% -0.7% 
1985 $8.37 $7.07 $6.75 $5.88 -3.7% -4.6% 
1986 $6.90 $4.97 $4.43 $3.59 -17.6% -29.7% 
1987 $6.46 $4.88 $4.88 $4.01 -6.4% -1 .8% 
1988 $6.61 $4.65 $4.67 $3.64 2.3% -4.7% 
1989 $7.23 $5.51 $5.54 $4.26 9.4% 18.5% 
1990 $8.55 $6.80 $6.77 $5.67 18.3% 23.4% 
1991 $8.27 $6.09 $5.93 $4.92 -3.3% -10.4% 
1992 $7.24 $5.45 $5.11 $4.82 -12.5% -10.5% 
1993 $7.02 $5.22 $5.06 $4.12 -3.0% -4.2% 
1994 $6.80 $5.01 $4.78 $3.82 -3.1% -4.0% 
1995 $6.60 $4.94 $4.77 $3.82 -2.9% -1.4% 
1996 $7.54 $5.77 $5.91 $4.76 14.2% 16.8% 
1997 $7.36 $5.54 $5.49 $4.88 -2.4% -4.0% 
1998 $6.35 $4.48 $4.52 $3.28 -13.7% -19.1% 
1999 $6.51 $4.86 $4.86 $4.03 2.5% 8.5% 
2000 $9.87 $7.73 $7.71 $6.81 51 .6% 59.1% 
2001 $9.47 $7.32 $6.69 $5.79 -4.1% -5.3% 
2002 $8.54 $6.87 $6.31 $5.29 -9.8% -6.1% 
2003 $10.36 $8.12 $7.58 $6.85 21.3% 18.2% 
2004 $11 .60 $9.87 $9.58 $6.43 12.0% 21.6% 
2005 $15.80 $13.64 $13.25 $12.29 36.2% 38.2% 
2006 $17.20 $14.99 $14.60 $13.62 8.9% 10.0% 
2007 $18.93 $16.68 $16.28 $15.28 10.0% 11 .2% 
2008 $22.22 $19.93 $19.53 $18.51 17.4% 19.5% 
2009 $21.66 $19.34 $18.93 $17.90 -2.5% -3.0% 
2010 $21 .50 $19.14 $18.72 $17.68 -0.8% -1 .0% 
2011 $21 .77 $19.38 $18.96 $17.90 1.3% 1.3% 
2012 $22.37 $19.95 $19.52 $18.45 2.8% 2.9% 
2013 $22.98 $20.53 $20.09 $19.00 2.7% 2.9% 
2014 $23.60 $21 .12 $20.68 $19.57 2.7% 2.9% 
2015 $24.24 $21 .73 $21.28 $20.16 2.7% 2.9% 
2016 $24.89 $22.34 $21 .89 $20.75 2.7% 2.8% 
2017 $25.82 $23.24 $22.78 $21.63 3.7% 4.0% 
2018 $26.79 $24.17 $23.71 $22.54 3.8% 4.0% 

Note: 1989-1998 data was updated us1ng the latest figures from the Master 011 and Gas Database 
Basis differences for 1989-1995 were taken from actual data 

Industrial 

5.5% 
0.0% 
28.6% 
126.3% 

7.6% 
4.6% 
10.3% 
3.6% 
39.2% 
43.4% 
20.5% 
11.7% 
-4.1% 
-6.3% 
-2.9% 

-34.4% 
10.2% 
-4.3% 
18.6% 
22.2% 
-12.4% 
-13.8% 
-1 .0% 
-5.5% 
-0.2% 
23.9% 
-7.1% 
-17.7% 
7.5% 
58.6% 
-13.2% 
-5.7% 
20.1% 
26.4% 
38.3% 
10.2% 
11 .5% 
20.0% 
-3.1% 
-1 .1% 
1.3% 
3.0% 
2.9% 
2.9% 
2.9% 
2.9% 
4.1% 
4.1 % 

Electric 

45.9% 
68.5% 
41 .8% 
76.7% 
3.5% 
1.7% 
-0.8% 

-16.0% 
82.0% 
68.4% 
26.9% 
-6.0% 
-14.1% 
-1 .1% 
-5.3% 
-38.9% 
11 .7% 
-9.2% 
17.0% 
33.1% 
-13.2% 
-2.0% 
-14.5% 
-7.3% 
0.0% 
24.6% 
2.5% 

-32.8% 
22.9% 
69.0% 
-15.0% 
-8.6% 
29.5% 
-6.1% 
91 .2% 
10.8% 
12.2% 
21.2% 
-3.3% 
-1 .2% 
1.2% 
3.1% 
3.0% 
3.0% 
3.0% 
2.9% 
4.2% 
4.2% 
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PETROLEUM PRODUCT PRICES FORECAST 
Residual Fuel Oil (1.0% Sulfur)- Annual 

$/MMBtu (Connecticut) 
' 

Current$ Percent Change 
Year Commercial Industrial Electric Commercial Industrial 
1970 $0.42 $0.43 $0.38 
1971 $0.59 $0.61 $0.54 40.5% 41 .9% 
1972 $0.70 $0.66 $0.65 18.6% 8.2% 
1973 $0.83 $0.79 $0.85 18.6% 19.7% 
1974 $2.00 $2.02 $2.06 141.0% 155.7% 
1975 $1 .97 $2.12 $2.02 -1 .5% 5.0% 
1976 $1 .87 $2.08 $1 .94 -5.1% -1.9% 
1977 $2.22 $2.31 $2.24 18.7% 11 .1% 
1978 $2.11 $2.34 $2.13 -5.0% 1.3% 
1979 $3.35 $3.41 $3.32 58.8% 45.7% 
1980 $4.59 $4.55 $4.70 37.0% 33.4% 
1981 $5.49 $5.74 $5.56 19.6% 26.2% 
1982 $4.67 $4.88 $4.75 -14.9% -15.0% 
1983 $4.51 $4.67 $4.54 -3.4% -4.3% 
1984 $5.25 $5.25 $4.84 16.4% 12.4% 
1985 $4.68 $4.68 $4.24 -10.9% -10.9% 
1986 $2.79 $2.79 $2.51 -40.4% -40.4% 
1987 $3.12 $3.12 $2.93 11 .8% 11 .8% 
1988 $2.57 $2.57 $2.40 -17.6% -17.6% 
1989 $3.04 $3.04 $2.85 18.3% 18.3% 
1990 $3.25 $3.25 $3.01 6.9% 6.9% 
1991 $2.69 $2.69 $2.47 -17.2% -17.2% 
1992 $2.53 $2.53 $2.40 -5.9% -5.9% 
1993 $2.66 $2.66 $2.39 5.1 % 5.1% 
1994 $3.16 $3.16 $2.52 18.8% 18.8% 
1995 $3.38 $3.38 $2.63 7.0% 7.0% 
1996 $3.90 $3.90 $3.21 15.4% 15.4% 
1997 $3.15 $3.15 $2.92 -19.2% -19.2% 
1998 $2.46 $2.46 $2.18 -21 .9% -21.9% 
1999 $2.55 $2.55 $2.23 3.7% 3.7% 
2000 $4.36 $4.36 $3.27 71 .0% 71 .0% 
2001 $4.04 $4.04 $3.37 -7.3% -7.3% 
2002 $4.67 $4.67 $3.67 15.6% 15.6% 
2003 $5.40 $5.40 $3.74 15.6% 15.6% 

li 2004 $5.64 $5.64 $3.96 4.4% 4.4% 
2005 $7.42 $7.42 $6.62 31 .5% 31.5% 
2006 $8.31 $8.31 $7.50 12.1% 12.1% 
2007 $9.47 $9.47 $8.64 13.9% 13.9% 
2008 $11.41 $11 .41 $10.57 20.5% 20.5% 
2009 $10.94 $10.94 $10.09 -4.1% -4.1 % 
2010 $10.71 $10.71 $9.85 -2.1% -2.1% 
2011 $11 .26 $11.26 $10.38 5.1% 5.1% 
2012 $11 .59 $11.59 $10.70 3.0% 3.0% 
2013 $11 .93 $11.93 $11 .03 2.9% 2.9% 
2014 $12.28 $12.28 $11 .37 2.9% 2.9% 
2015 $12.63 $12.63 $11 .71 2.9% 2.9% 
2016 $12.99 $12.99 $12.06 2.9% 2.9% 
2017 $13.52 $13.52 $12.58 4.1% 4.1% 
2018 $14.08 $14.08 $13.12 4.1% 4.1% 

Electrlq 

42.1% 
20.4% 
30.8% 
142.4% 
-1 .9% 
-4.0% 
15.5% 
-4.9% 
55.9% 
41 .6% 
18.3% 
-14.6% 
-4.4% 
6.6% 

-12.4% 
-40.8% 
16.7% 
-18.1% 
18.8% 
5.6% 

-17.9% 
-2.8% 
-0.4% 
5.4% 
4.4% 
22.1% 
-9.0% 

-25.3% 
2.3% 
-
-

8.9% 
1.9% 
5.9% 
67.3% 
13.2% 
15.2% 
22.3% 
-4.5% 
-2.4% 
5.4% 
3.1% 
3.1% 
3.0% 
3.0% 
3.0% 
4.3% 
4.3% 
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Year 
1993 
1994 
1995 
1996 
1997 
1998 
1999 
2000 
2001 
2002 
2003 
2004 
2005 
2006 
2007 
2008 
2009 
2010 
2011 
2012 
2013 
2014 
2015 
2016 
2017 
2018 

PETROLEUM PRODUCT PRICES FORECAST 
Residual Fuel Oil (1.0% Sulfur)- Annual 

$/MMBtu (Connecticut) 

Current$ Percent Change 
Commercial Industrial Electric Commercial Industrial 

$2.66 $2.66 $2.39 
$3.16 $3.16 $2.52 18.8% 18.8% 
$3.38 $3.38 $2.63 7.0% 7.0% 
$3.90 $3.90 $3.24 15.4% 15.4% 
$3.15 $3.15 $2.92 -19.2% -19.2% 
$2.46 $2.46 $2.18 -21.9% -21.9% 
$2.55 $2.55 $2.23 3.7% 3.7% 
$4.36 $4.36 $3.27 71.0% 71.0% 
$4.04 $4.04 $3.37 -7.3% -7.3% 
$4.67 $4.67 $3.67 15.6% 15.6% 
$5.40 $5.40 $3.74 15.6% 15.6% 
$5.64 $5.64 $3.96 4.4% 4.4% 
$7.42 $7.42 $6.62 31 .5% 31 .5% 
$8.31 $8.31 $7.50 12.1% 12.1% 
$9.47 $9.47 $8.64 13.9% 13.9% 
$11.41 $11.41 $10.57 20.5% 20.5% 
$10.94 $10.94 $10.09 -4.1 % -4.1% 
$10.71 $10.71 $9.85 -2.1% -2.1% 
$11.26 $11.26 $10.38 5.1% 5.1% 
$11.59 $11.59 $10.70 3.0% 3.0% 
$11.93 $11.93 $11.03 2.9% 2.9% 
$12.28 $12.28 $11 .37 2.9% 2.9% 
$12.63 $12.63 $11.71 2.9% 2.9% 
$12.99 $12.99 $12.06 2.9% 2.9% 
$13.52 $13.52 $12.58 4.1% 4.1% 
$14.08 $14.08 $13.12 4.1% 4.1% 

Electric 

5.4% 
4 .4% 
23.2% 
-9.9% 
-25.3% 
2.3% 

-
-

8.9% 
1.9% 
5.9% 
67.3% 
13.2% 
15.2% 
22.3% 
-4.5% 
-2.4% 
5.4% 
3.1% 
3.1% 
3.0% 
3.0% 
3.0% 
4.3% 
4.3% 
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PETROLEUM PRODUCT PRICES FORECAST 
Residual Fuel Oil (1.0% Sulfur)- Summer 

$/MMBtu (Connecticut) 

Current$ Percent Change 
Year Commercial Industrial Electrlc Commercial Industrial Electrl¢ 
1993 $2.74 $2.74 $2.47 
1994 $3.12 $3.12 $2.48 14.0% 14.0% 0.5% 
1995 $3.35 $3.35 $2.60 7.5% 7.5% 5.0% 
1996 $3.78 $3.78 $3.12 12.8% 12.8% 20.0% 
1997 $3.06 $3.06 $2.83 -19.1% -19.1 % -9.4% 
1998 $2.53 $2.53 $2.25 -17.5% -17.5% -20.7% 
1999 $2.72 $2.72 $2.40 7.7% 7.7% 6.8% 
2000 $4.47 $4.47 - 64.6% 64.6% -
2001 $4.01 $4.01 $3.34 -10.4% -10.4% -
2002 $4.93 $4.93 $3.93 23.0% 23.0% 17.7% 
2003 $5.11 $5.11 $3.45 3.6% 3.6% -12.3% 
2004 $5.74 $5.74 $4.06 12.4% 12.4% 17.7% 
2005 $7.76 $7.76 $6.97 35.2% 35.2% 71 .6% 
2006 $8.43 $8.43 $7.62 8.6% 8.6% 9.3% 
2007 $10.60 $10.60 $9.77 25.7% 25.7% 28.2% 
2008 $1 0.95 $10.95 $10.11 3.3% 3.3% 3.5% 
2009 $10.60 $10.60 $9.75 -3.2% -3.2% -3.6% 
2010 $10.50 $10.50 $9.64 -1 .0% -1 .0% -1 .2% 
2011 $11 .03 $11.03 $10.16 5.1% 5.1% 5.4% 
2012 $11 .71 $11 .71 $10.82 6.2% 6.2% 6.6% 
2013 $12.05 $12.05 $11.15 2.9% 2.9% 3.0% 
2014 $12.40 $12.40 $11.49 2.9% 2.9% 3.0% 
2015 $12.75 $12.75 $11.83 2.9% 2.9% 3.0% 
2016 $13.12 $13.12 $12.18 2.8% 2.8% 2.9% 
2017 $13.64 $13.64 $12.70 4.0% 4.0% 4.2% 
2018 $14.20 $14.20 $13.24 4.0% 4.0% 4.2% 



Year 
1993 
1994 
1995 
1996 
1997 
1998 
1999 
2000 
2001 
2002 
2003 
2004 
2005 
2006 
2007 
2008 
2009 
2010 
2011 
2012 
2013 
2014 
2015 
2016 
2017 
2018 

PETROLEUM PRODUCT PRICES FORECAST 
Residual Fuel Oil (1.0% Sulfur)- Winter 

$/MMBtu (Connecticut) 

Current$ Percent Change 
Commercial Industrial Electric Commercial Industrial 

$2.55 $2.55 $2.28 
$3.22 $3.22 $2.58 26.0% 26.0% 
$3.42 $3.42 $2.67 6.2% 6.2% 
$4.06 $4.06 $3.40 18.9% 18.9% 
$3.27 $3.27 $3.04 -19.4% -19.4% 
$2.37 $2.37 $2.09 -27.7% -27.7% 
$2.31 $2.31 $1.99 -2.3% -2.3% 
$4.20 $4.20 - 81 .5% 81.5% 
$4.08 $4.08 $3.41 -2.8% -2.8% 
$4.30 $4.30 $3.30 5.4% 5.4% 
$5.80 $5.80 $4.14 34.9% 34.9% 
$5.50 $5.50 $3.82 -5.3% -5.3% 
$6.91 $6.91 $6.12 25.8% 25.8% 
$8.14 $8.14 $7.33 17.8% 17.8% 
$10.67 $10.67 $9.84 31 .0% 31 .0% 
$12.05 $12.05 $11 .22 13.0% 13.0% 
$11.42 $11.42 $10.57 -5.3% -5.3% 
$11 .01 $11 .01 $10.15 -3.6% -3.6% 
$11 .57 $11 .57 $10.70 5.1% 5.1% 
$11.42 $11 .42 $10.54 -1.3% -1.3% 
$11.76 $11.76 $10.86 3.0% 3.0% 
$12.11 $12.11 $11.20 2.9% 2.9% 
$12.46 $12.46 $11 .54 2.9% 2.9% 
$12.83 $12.83 $11 .89 2.9% 2.9% 
$13.36 $13.36 $12.41 4.1% 4.1% 
$13.91 $13.91 $12.95 4.1% 4.1% 

Electric 

12.9% 
3.5% 
27.6% 
-10.5% 
-31.4% 
-4.5% 

-
-

-3.2% 
25.5% 
-7.9% 
60.4% 
19.8% 
34.2% 
13.9% 
-5.8% 
-4.0% 
5.4% 
-1 .5% 
3.1% 
3.1% 
3.1 % 
3.0% 
4.3% 
4.3% 
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DELIVERED NATURAL GAS PRICES FORECAST 
$/MMBtu (Connecticut) 

Current$ Pe~ent Change 
Year Residential Commercial Industrial Electric Residential CommerC,Ial Industrial Electric 
1970 $1.88 $1.45 $1.03 $0.34 
1971 $2.04 $1.53 $1.14 $0.38 8.5% 5.5% 10.7% 11.8% 

• 1972 $2.06 $1 .59 $1.15 $0.43 1.0% 3.9% 0.9% 13.2% 
1973 $2.21 $1.79 $1.24 $0.53 7.3% 12.6% 7.8% 23.3% 
1974 $2.76 $2.20 $1.71 $0.63 24.9% 22.9% 37.9% 18.9% 
1975 $3.28 $2.64 $2.24 $1.36 18.8% 20.0% 31.0% 115.9% 
1976 $3.38 $3.20 $2.6:; $1.65 3.0% 21 .2% 18.3% 21.3% 
1977 $4.30 $3.53 $2.94 27.2% 10.3% 10.9% 
1978 $4.42 $3.72 $3.04 2.8% 5.4% 3.4% 
1979 $4.69 $3.90 $3.25 6.1% 4.8% 6.9% 
1980 $5.72 $4.67 $4.08 22.0% 19.7% 25.5% 
1981 $6.68 $5.46 $4.97 16.8% 16.9% 21.8% 
1982 $8.29 $6.78 $5.86 24.1% 24.2% 17.9% 
1983 $9.43 $7.24 $5.76 13.8% 6.8% -1.7% 
1984 $8.56 $6.49 $5.47 $3.71 -9.2% -10.4% -5.0% 
1985 $8.88 $6.59 $5.38 $3.39 3.7% 1.5% -1.6% -8.6% 
1986 $8.57 $6.24 $4.53 $2.09 -3.5% -5.3% -15.8% -38.3% 
1987 $7.96 $5.59 $4.08 $2.37 -7.1% -10.4% -9.9% 13.4% 
1988 $7.63 $5.45 $3.92 $2.17 -4.1% -2.5% -3.9% -8.4% 
1989 $7.98 $5.88 $4.36 $2.51 4.6% 7.9% 11.2% 15.7% 
1990 $8.58 $6.30 $4.80 $2.81 7.5% 7.1% 10.2% 12.0% 
1991 $8.74 $6.90 $4.84 $2.16 2.0% 9.6% 0.6% -23.1% 
1992 $8.96 $7.20 $4.92 $2.74 2.5% 4.3% 1.7% 26.9% 
1993 $9.16 $6.81 $4.63 $3.79 2.2% -5.4% -5.8% 38.2% 
1994 $9.84 $7.18 $4.36 $1.93 7.5% 5.3% -5.9% -49.0% 
1995 $9.70 $7.34 $4.26 $1.95 -1.4% 2.3% -2.3% 1.0% 
1996 $9.79 $7.19 $4.66 $2.68 0.8% -2.1% 9.4% 37.3% 
1997 $10.03 $7.02 $4.59 $2.40 2.5% -2.4% -1.4% -10.5% 
1998 $10.29 $6.69 $4.21 $2.37 2.6% -4.7% -8.2% -1.2% 
1999 $10.23 . $6.34 $4.03 $2.66 -0.6% -5.2% -4.4% 12.3% 
2000 $11.10 $6.43 $5.78 $3.97 8.4% 1.4% 43.4% 49.4% 
2001 $11.84 $7.46 $6.57 $3.09 6.7% 16.0% 13.8% -22.2% 
2002 $10.83 $6.97 $4.83 $3.51 -8.6% -6.5% -26.6% 13.4% 
2003 $12.40 $10.17 $7.30 $6.20 14.5% 45.8% 51.3% 76.6% 
2004 $13.65 $10.98 $9.05 $6.70 10.1% 8.0% 23.9% 8.1% 
2005 $15.79 $12.70 $11.36 $9.61 15.6% 15.6% 25.5% 43.5% 
2006 $17.10 $13.20 $10.56 $7.30 8.3% 4.0% -7.0% -24.0% 
2007 $15.20 $11.92 $9.31 $7.77 -11.1% -9.7% -11 .8% 6.4% 
2008 $15.55 $12.23 $9.58 $8.02 2.3% 2.6% 2.9% 3.2% 
2009 $15.34 $11.96 $9.28 $7.69 -1.4% -2.2% -3.2% -4.1% 
2010 $15.47 $12.05 $9.32 $7.72 0.9% 0.7% 0.5% 0.3% 
2011 $15.81 $12.34 $9.58 $7.95 2.2% 2.4% 2.7% 3.0% 
2012 $16.43 $12.91 $10.11 $8.46 3.9% 4.6% 5.5% 6.4% 
2013 $16.96 $13.39 $10.56 $8.88 3.3% 3.8% 4.4% 5.0% 
2014 $17.33 $13.71 $10.84 $9.14 2.2% 2.4% 2.7% 2.9% 

I 
2015 $17.71 $14.04 $11.13 $9.41 2.2% 2.4% 2.7% 2.9% 
2016 $18.09 $14.38 $11.43 $9.68 2.2% 2.4% 2.7% 2.9% 
2017 $18.48 $14.72 $11.73 $9.96 2.1% 2.4% 2.6% 2.9% 
2018 $18.88 $15.07 $12.04 $10.25 2.2% 2.4% 2.6% 2.9% 

Note; Beginning in 2000, delivered natural gas prices for the electric sector are estimated. 



Winter 

Percent 
Year Current$ Change 

1989 -
1990 -
1991 45.3 
1992 39.1 -13.8% 
1993 40.2 3.0% 
1994 40.8 1.3% 
1995 42.6 4.4% 
1996 59.8 40.4% 
1997 51.8 -13.3% 
1998 37.1 -28.4% 
1999 40.7 9.6% 
2000 72.3 77.8% 
2001 61.7 -14.7% 
2002 50.3 -18.4% 
2003 74.3 47.6% 
2004 84.5 13.7% 
2005 99.4 17.7% 
2006 104.9 5.5% 
2007 137.8 31 .3% 
2008 178.8 29.8% 
2009 169.6 -5.1% 
2010 152.0 -10.4% 
2011 154.5 1.6% 
2012 160.6 4.0% 
2013 167.0 3.9% 
2014 173.4 3.9% 
2015 180.0 3.8% 
2016 186.7 3.7% 
2017 196.7 5.3% 
2018 207.1 5.3% 

DELIVERED PROPANE PRICES FORECAST 
Cents/Gallon (Selkirk) 

Annual 

Percent 
Year Current$ Change 
1989 -
1990 -
1991 42.6 
1992 40.9 -4.1% 
1993 40.8 -0.1% 
1994 40.6 -0.6% 
1995 41 .9 3.3% 
1996 56.9 35.7% 
1997 48.9 -14.0% 
1998 36.5 -25.3% 
1999 44.2 21 .0% 
2000 69.1 56.3% 
2001 62.3 -9.9% 
2002 52.3 -15.9% 
2003 74.0 41 .3% 
2004 95.7 29.4% 
2005 100.5 5.0% 
2006 109.8 9.3% 
2007 137.5 25.2% 
2008 176.3 28.3% 
2009 168.0 -4.7% 
2010 155.9 -7.1% 
2011 158.4 1.6% 
2012 164.8 4.0% 
2013 171 .3 3.9% 
2014 178.0 3.9% 
2015 184.8 3.8% 
2016 191 .7 3.7% 
2017 202.0 5.4% 
2018 212.7 5.3% 

Year 
1989 
1990 
1991 
1992 
1993 
1994 
1995 
1996 
1997 
1998 
1999 
2000 
2001 
2002 
2003 
2004 
2005 
2006 
2007 
2008 
2009 
2010 
2011 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
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Summer 

Percent 
Current$ Change 

-
-

40.7 
42.1 3.6% 
41 .3 -2 .1% 
40.5 -1 .9% 
41.5 2.6% 
54.9 32.2% 
46.9 -14.6% 
36.1 -22.9% 
46.7 29.3% 
66.7 43.0% 
55.0 -17.6% 
52.5 -4.5% 
64.4 22.6% 
85.8 33.2% 
101 .3 18.0% 
113.3 11 .9% 
137.2 21 .1% 
174.5 27.1% 
166.8 -4.4% 
158.8 -4.8% 
161 .3 1.6% 
167.8 4.0% 
174.5 4.0% 
181 .2 3.9% 
188.2 3.8% 
195.3 3.8% 
205.8 5.4% 
216.7 5.3% 



HENRY HUB NATURAL GAS PRICE FORECAST 
$/MMBtu 

Current$ Percent Cha1!.9_e 
Year Annual Summer Winter Annual Summer 
1989 $1.70 $1.61 $1.82 
1990 $1 .70 $1.48 $2.01 0.1% -8.1 % 
1991 $1.49 $1 .39 $1.62 -12.5% -5.7% 
1992 $1.77 $1 .87 $1.63 19.2% 34.4% 
1993 $2.12 $2.16 $2.07 19.7% 15.4% 
1994 $1 .92 $1.78 $2.11 -9.5% -17.4% 
1995 $1.69 $1.61 $1.79 -12.2% -9.7% 
1996 $2.76 $2.31 $3.39 63.4% 43.3% 
1997 $2.53 $2.40 $2.70 -8.4% 4.0% 
1998 $2.08 $2.11 $2.05 -17.5% -12.1% 
1999 $2.27 $2.41 $2.06 8.7% 14.3% 
2000 $4.23 $4.19 $4.28 86.6% 73.9% 
2001 $4.07 $3.44 $4.96 -3.7% -18.0% 
2002 $3.33 $3.40 $3.23 -18.2% -1.0% 
2003 $5.63 $5.17 $6.26 68.9% 51 .9% 
2004 $5.84 $5.83 $5.86 3.9% 12.8% 
2005 $8.81 $8.97 $8.59 50.8% 53.7% 
2006 $6.76 $6.21 $7.54 -23.3% -30.8% 
2007 $6.95 $6.82 $7.12 2.7% 9.9% 
2008 $7.17 $6.92 $7.52 3.2% 1.5% 
2009 $6.83 $6.74 $6.95 -4.8% -2.6% 
2010 $6.84 $6.38 $7.48 0.1% -5.4% 
2011 $7.06 $6.59 $7.72 3.2% 3.2% 
2012 $7.55 $7.05 $8.26 7.0% 7.0% 
2013 $7.97 $7.44 $8.71 5.5% 5.5% 
2014 $8.21 $7.67 $8.98 3.1% 3.1% 
2015 $8.47 $7.90 $9.26 3.1% 3.1% 
2016 $8.73 $8.15 $9.55 3.1% 3.1% 
2017 $9.00 $8.40 $9.84 3.1% 3.1% 
2018 $9.27 $8.65 $10.14 3.1% 3.1% 

I 
Wlnte~ 

10.2% 
-19.4% 
0.9% 
26.7% 
2.0% 

-15.1% 
88.7% 
-20.3% 
-24.1% 
0.7% 

107.2% 
15.9% 
-34.9% 
94.0% 
-6.4% 
46.6% 
-12.3% 
-5.5% 
5.5% 
-7.6% 
7.6% 
3.2% 
7.0% 
5.5% 
3.1% 
3.1% 
3.1% 
3.1% 
3.1% 
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Year 
1989 
1990 
1991 
1992 
1993 
1994 
1995 
1996 
1997 
1998 
1999 
2000 
2001 
2002 
2003 
2004 
2005 
2006 
2007 
2008 
2009 
2010 
2011 
2012 
2013 
2014 
2015 
2016 
2017 
2018 

TX-LA ONSHORE WELLHEAD NATURAL GAS PRICE FORECAST 
$/MMBtu 

Current$ Percent Change 
Annual Summer Winter Annual Summer Winter 
$1.63 $1.55 $1.76 
$1.61 $1.42 $1.87 -1.6% -8.1% 6.5% 
$1 .39 $1 .30 $1 .52 -13.3% -8.2% -18.8% 
$1.65 $1 .74 $1 .52 18.4% 33.9% -0.2% 
$2.00 $2.04 $1 .94 21 .2% 17.1% 27.9% 
$1.78 $1.68 $1.93 -11.0% -17.9% -0.7% 
$1 .55 $1.49 $1 .65 -12.7% -11.4% -14.3% 
$2.45 $2.13 $2.90 57.6% 43.1% 75.8% 
$2.39 $2.27 $2.56 -2.4% 6.9% -11.9% 
$1 .98 $2.01 $1 .94 -17.0% -11.4% -24.0% 
$2.1 5 $2.30 $1 .94 8.3% 14.1% 0.0% 
$4.09 $4.05 $4.13 90.1% 76.5% 112.8% 
$3.93 $3.32 $4.78 -3.8% -1 8.0% 15.6% 
$3.21 $3.28 $3.10 -18.4% -1.1% -35.2% 
$5.39 $5.00 $5.92 68.0% 52.4% 91.2% 
$5.72 $5.66 $5.80 6.1% 13.1% -2.1% 
$8.25 $8.56 $7.82 44.4% 51 .3% 34.9% 
$6.48 $6.05 $7.10 -21.4% -29.4% -9.2% 
$6.69 $6.63 $6.78 3.2% 9.6% -4.5% 
$6.90 $6.65 $7.25 3.2% 0.4% 7.0% 
$6.56 $6.47 $6.68 -4.9% -2.7% -7.8% 
$6.57 $6.11 $7.21 0.1% -5.6% 7.9% 
$6.79 $6.32 $7.45 3.4% 3.4% 3.4% 
$7.28 $6.78 $7.99 7.3% 7.3% 7.3% 
$7.82 $7.68 $8.11 7.4% 13.3% 1.5% 
$8.07 $7.93 $8.36 3.1% 3.2% 3.1% 
$8.32 $8.18 $8.61 3.1% 3.2% 3.1% 
$8.58 $8.44 $8.88 3.1 % 3.1% 3.0% 
$8.84 $8.70 $9.14 3.1% 3.1 % 3.0% 
$9.12 $8.97 $9.42 3.1% 3.1% 3.0% 
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Year 
1989 
1990 
1991 
1992 
1993 
1994 
1995 
1996 
1997 
1998 
1999 
2000 
2001 
2002 
2003 
2004 
2005 
2006 -
2007 
2008 
2009 
2010 
2011 
2012 
2013 
2014 
2015 
2016 
2017 
2018 

LA GULF COAST ONSHORE GAS PRICE FORECAST 
$/MMBtu 

Current$ Percent Change 
Annual Summer Winter Annual Summer 
$1 .69 $1.60 $1 .81 
$1 .69 $1.48 $1.98 0.0% ·~· -7.5% 
$1.48 $1 .37 $1 .62 -12.4% -7.1% 
$1 .74 $1.86 $1.57 17.8% 35.8% 
$2.10 $2.16 $2.02 20.8% 15.9% 
$1 .89 $1 .77 $2.06 -10.2% -18.2% 
$1 .60 $1.54 $1 .69 -15.1 % -13.0% 
$2.62 $2.18 $3.25 63.7% 41 .5% 
$2.45 $2.31 $2.65 -6.6% 6.2% 
$2.04 $2.05 $2.02 -16.8% -11 .1% 
$2.21 $2.34 $2.02 8.3% 14.1% 
$4.16 $4.12 $4.22 88.6% 75.8% 
$3.98 $3.37 $4.85 -4.3% -18.3% 
$3.26 $3.33 $3.16 -18 .2% -1 .2% 
$5.39 $5.04 $5.88 65.5% 51 .5% 
$5.69 $5.56 $5.86 5.5% 10.4% 
$8.63 $8.92 $8.23 51 .8% 60.3% 
$6.72 $6.26 $7.35 -22.2% -29.8% 
$6.94 $6.79 $7.16 3.4% 8.4% 
$7.12 $6.87 $7.47 2.5% 1.2% 
$6.78 $6.69 $6.90 -4.8% -2.6% 
$6.79 $6.33 $7.43 0.1% -5.4% 
$7.01 $6.54 $7.67 3.3% 3.3% 
$7.50 $7.00 $8.21 7.1% 7.1% 
$7.84 $7.76 $7.83 4.5% 10.8% 
$8.09 $8.00 $8.08 3.1% 3.1% 
$8.34 $8.25 $8.33 3.1% 3.2% 
$8.60 $8.51 $8.59 3.1% 3.1% 
$8.87 $8.77 $8.86 3.1% 3.1% 
$9.14 $9.05 $9.13 3.1% 3.1% 

I 
Winte~ 

9.4% 
-17.9% 
-3.6% 
29.0% 
1.8% 

-17.6% 
91.9% 
-18.6% 
-23.7% 
0.0% 

109.3% 
14.8% 

-34.8% 
86.0% 
-0.4% 
40.4% 
-10.7% 
-2.6% 
4.3% 
-7.6% 
7.6% 
3.3% 
7.1% 
-4.6% 
3.1% 
3.1% 
3.1% 
3.1% 
3.1% 
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Year Annual 
1992 $2.28 
1993 $2.57 
1994 $2.44 
1995 $2.25 
1996 $3.60 
1997 $2.94 
1998 $2.42 
1999 $2.57 
2000 $5.18 
2001 $4.42 
2002 $3.52 
2003 $6.35 
2004 $7.29 
2005 $9.85 
2006 $8.23 
2007 $7.88 
2008 $8.37 
2009 $8.81 
2010 $8.82 
2011 $9.04 
2012 $9.53 
2013 $8.97 
2014 $9.24 
2015 $9.50 
2016 $9.78 
2017 $10.06 
2018 $10.35 

Boston City Gate Natural Gas Price 
$/MMBtu 

Current$ Percent Change 
Summer Winter Annual Summer 

$2.30 $2.26 
$2.53 $2.64 12.8% 10.1% 
$2.10 $2.92 -5.3% -17.2% 
$1 .89 $2.76 -7.5% -9.8% 
$2.60 $4.99 59.6% 37.5% 
$2.72 $3.25 -18.4% 4.4% 
$2.37 $2.48 -17.7% -12.7% 
$2.64 $2.48 6.3% 11.2% 
$4.50 $6.13 101.6% 70.7% 
$3.78 $5.32 -14.6% -16.0% 
$3.52 $3.52 -20.4% -6.8% 
$5.41 $7.01 80.2% 53.6% 
$6.35 $8.60 14.8% 17.4% 
$9.13 $10.87 35.3% 43.7% 
$6.88 $10.11 -16.5% -24.6% 
$7.43 $8.52 -4.2% 7.9% 
$7.56 $9.50 6.2% 1.8% 
$8.72 $8.93 5.3% 15.4% 
$8.36 $9.46 0.1% -4.1% 
$8.57 $9.70 2.5% 2.5% 
$9.03 $10.24 5.5% 5.4% 
$8.07 $10.69 -5.9% -10.6% 
$8.30 $10.96 2.9% 2.9% 
$8.54 $11 .24 2.9% 2.9% 
$8.79 $11.53 2.9% 2.8% 
$9.04 $11 .82 2.9% 2.8% 
$9.29 $12.12 2.9% 2.8% 

Winter 

16.6% 
10.7% 
-5.3% 
80.8% 
-35.0% 
-23.6% 
-0.2% 

147.7% 
-13.2% 
-33.8% 
98.9% 
22.7% 
26.5% 
-7.0% 

-15.8% 
11.5% 
-6.0% 
5.9% 
2.6% 
5.6% 
4.4% 
2.5% 
2.5% 
2.5% 
2.5% 
2.5% 
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QCF (QUARTERLY 
COAL FORECST)- 200803 
JO Energy, Inc. 

E'C ~-
March 2001!1 

~ 
ANNUAL AVf.RAG! SPOT PRJCII!:S .. NOMINAL DOu.ARS PER TON A14 
ANNUAL AVERAGE SPOT PRICES· .!AL 2007 DOLLARS PER TON A67 
QUARTeiU.Y SPOT PRI • NOMINAL DOLLAAS PElt TO Al2 

ANNUAL AVERAGE SPOT PRICES - NOMINAL DOLLARS PER TON 
~BASE 

Year: 18H 005 tM 199 - J<IIJ1 - - - -- :11>117. 
Northern Appa/Kh~ 
·1.6%, 130Cl0 BTU $25.59 $26.41 $24.85 $24.45 $26.34 $26.04 $24.94 $23.65 $24.09 $40.52 $30.37 

=~~::~ 
$50.27 $54.42 $45.82 $46.61 $78.98 $50.48 $41.14 $37.42 

-1.8%, 13000 BTU $25.06 $25.55 $23.49 $22.21 $22.51 $22.89 $23.59 $22.12 $23.07 $39.46 $29.38 $48.89 $52.23 $43.41 $45.85 $77.43 $49.13 $40.29 $36.70 
-2.3%, 13000 BTU $22.40 $21.72 $21.48 $20.71 $21.26 $21.79 $22.54 $20.65 $22.05 $35.99 $27.51 $28.61 $47.91 $48.94 $39.80 $44.71 $75.10 $47.10 $39.00 $35.63 

Central Apf»>achkl 
•. 7%, 12500 BTU $24.31 $26.02 $26.75 $24.86 $26.01 $25.45 $25.97 $24.50 $24.90 $47.09 $29.20 $34.271 $58.62 $61.97 $55.91 $46.46 $80.25 $57.87 $54.38 $54.87 
- . 7%, 13000 BTU $26.08 $27.58 $28.31 $26.60 $25.80 $25.25 $25.77 $25.15 $26.42 $50.06 $31.07 $36.49 $62.42 $66.01 $59.56 $49.50 $85.52 $61.68 $57.99 $58.62 
-1.0%, 12500 BTU $21.94 $24.01 $24.22 $22.84 $24.41 $24.02 $24.24 $23.29 $23.45 $44.09 $27.25 $32.04 $55.03 $57.49 $50.71 $44.33 $76.94 $54.65 $50.03 $46.34 
-1.5%, 12500 Bru $21.54 $22.92 $22.70 $21.72 $22.73 $23.05 $23.33 $22.07 $21.72 $38.50 $24.19 :::l $49.92 $53.18 $45.49 $40.72 $59.26 $39.79 $39.91 $42.00 

Ohio 
-4%, 12500 BTU $19.79 $21.50 $20.83 $18.38 $18.25 $18.34 $18.05 $18.41 $18.89 $26.44 $20.72 $33.25 $35.88 $32.55 $39.19 $69.01 $42.54 $35.36 $32.34 

lllfnois&sln 
·3%, 11000 BTU (ll) $18.93 $21.68 $19.85 $16.96 $17.71 $18.10 $18.25 $17.44 $16.83 $24.63 $19.71 $19 .6~ $26.12 $27.54 $27.01 $27.01 $35.91 $32.47 $33.37 $33.43 
-3%, 11000 BTU (KY) $20.03 $22.78 $20.95 $18.10 $19.29 $20.25 $19.90 $18.81 $17.51 $29.93 $23.34 $22.09 $29.18 $29.82 $29.06 $28.91 $37.81 $34.28 $35.18 $35.27 

Powder River &sin 
-.33%, 8400 BTU $3.58 $3.26 $4.34 $3.60 $3.09 $3.13 $3.35 $3.45 $3.43 $7.58 $4.74 

$5.13 1 
$5.23 $7.96 $10.17 $8.36 $12.91 $10.88 $10.08 $10.22 

- .35%, 8800 BTU $4.58 $4.64 $5.08 $4.68 $4.11 $4. 29 $4.45 $4.42 $4.38 $9.34 $5.85 $6.21 $6.26 $10.09 $12.74 $9.85 $15.56 $12.30 $11.49 $12.09 

lH~&sin 

-.5%, 11500 BTU $19.79 $19.35 $13.64 $14.05 $13.58 $15.18 $15.09 $14-16 $13.35 $20.06 $16.95 $17.131 $26.82 $33.11 $36.76 $29.93 $38.15 $28.99 $25.54 $24.86 

ForeignCo.al 
-.7%, 12000 BTU $28.74 $26.45 $28.05 $34.31 $32.76 $31.71 $29.31 $26.35 $27.89 $35.37 $27.70 $33.43 $59.18 $50.12 $50.53 $62.03 $105.40 $65.52 $56.25 $52.13 
-.8%, 11600 BTU $29.61 $26.70 $24.09 $25.79 $32.94 $26.04 $31.41 $55.40 $46.90 $47.22 $57.85 $98.30 $61.13 $52.57 $48.81 

PotJc/eUm Co .. 
$13.J ·6%/30 HGI, 14000 BTU $15.42 $12.55 $18.22 $19.39 $3.52 $1.71 $9.98 $12.73 $8.57 $11.27 $17.50 $34.76 $44.90 $59.59 $48.09 $46.66 $39,99 



QCF (QUARTERLY 
COAL FORECS1}- 200803 
JD En.,.gy, Inc. 
· CASe 

Mar ch 2008 

ANNUAL AVERAGE SPOT PRICES - REAL 2007 DOLLARS PER TON 
~ 

Year: IJQ , .. 
Northern APfQiachi~ 
· 1 .6%, 13000 BTU $35,40 $35.72 $32.91 $31.73 $33.55 $32.62 $30.91 
-1.8%, 13000 BTU $34.68 $34.55 $31.11 $28.83 $28.68 $28.67 $29.23 
-2.3%, 13000 BTU $31.00 $29.37 $28.44 $26.88 $27.08 $27.31 $27.93 

Central Appalachia 
-. 7%, 12500 BTU $33.63 $35.19 $35.43 $32.27 $33.13 $31.89 $32.19 
•. 7%, 13000 BTU $36.08 $37.29 $37.49 $34.52 $32.86 $31.64 $31.93 
· 1.0%, 12500 BTU $30.36 $32.48 $32.07 $29.64 $31.10 $30.10 $30.04 
-1.5%, 12500 BTU $29.80 $31.00 $30.06 $28.19 $28.96 $28.88 $28.91 

Ohio 
-4% , 12500 BTU $27.38 $29.08 $27.58 $23.85 $23.25 $22.98 $22.37 

lfflnois Basin 
-3%, 11000 BTU ( Il) $26.18 $29.31 $26.29 $22.02 $22.515 $22.68 $22.62 
-3%, 11000 BTU (KY) $27.71 $30.80 $27.74 $23.49 $24.57 $25.37 $24.66 

Powder River Basin 
·.33%, 8400 BTU $4.95 $4.41 $5.74 $4.67 $3.93 $3.92 $4.15 
-. 35% , 8800 BTU $6.33 $6.27 $6.72 $6.07 $5.24 $5.37 $5.51 

Uinta Basin 
- .5%, 11500 BTU $27.38 $26.17 $18.06 $18.24 $17.29 $19.01 $18.70 

ForaiQn Coal: Colombia 
-. 7%, 12000 BTU $39.76 $35.77 $37.15 $44.53 $41.73 $39.73 $36.32 
-.8%, 11600 BTU $37.10 $33.09 

Petroleum Coke 
-6%/30 HGI, 14000 BTU $20.42 $16.29 $23.21 $24.30 $4.36 

IMPUCIT PRICE 
DEFLATOR (GOP) 86.40 88.39 90.27 92.10 93.85 95.41 96.47 

% Change 2.77% 2.30% 2.12% 2.04% 1.89% 1.67% 1.11% 

.. -$28.89 $28.79 $47.30 $34.85 $34.87 $54.91 
$27.02 $27.58 $46.06 $33.71 $33.51 $53.40 
$25.23 $26.37 $42.02 $31.56 $32.21 $52.32 

$29.92 $29.77 $54.97 $33.50 $38.51 $64.02 
$30.72 $31.59 $58.44 $35.65 $41.00 $68.17 
$28.45 $28.03 $51.47 $31.27 $36.00 $60.10 
$26.96 $25.96 $44.95 $27.76 $32.80 $54.53 

$22.49 $22.58 $30.86 $23.78 $25.86 $315.32 

$21.30 $20.11 $28.75 $22.62 $22.04 $28.52 
$22.98 $20.94 $34.93 $26.78 $24.82 $31.86 

$4.21 $4.09 $8.84 $5.44 $5.76 $5.71 
$5.40 $5.23 $10.90 $6.71 $6.98 $6.84 

$17.30 $15.96 $23.42 $19,45 $19.24 $29.29 

$32.19 $33.34 $41.29 $31,78 $37.56 $64.64 
$29.42 $30.83 $38.45 $29.87 $35.29 $60.50 

$2.09 $11.93 $14.86 $9.83 $14.64 $12.31 

97.86 100.00 102.40 104.19 106.40 109.45 
1.44% 2.18% 2.40% 1.74% 2. 12% 2.87% 

$57.58 $46.99 
$55.26 $44.52 
$51.77 $40.82 

$65.56 $57.34 
$69.84 $151.09 
$60.82 $52.00 
$56.27 $46.65 

$37.96 $33.38 

$29.14 $27.70 
$31.54 $29.80 

$8.42 $10.43 
$10.67 $13.06 

$35.02 $37.70 

$53.02 $51.82 
$49.62 $48.43 

$18.52 $35.65 

112.99 116.56 
3.23% 3.16% 
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$46.61 $77.70 $48.83 $39.03 
$45.85 $76.17 $47.52 $38.22 
$44.71 $73.88 $45.55 $37.01 

$46.46 $78.95 $55.98 $51.60 
$49.50 $84.14 $59.66 $55.02 
$44.33 $75.69 $52.86 $47.47 
$40.72 $58.30 $38.48 $37.87 

$39.19 $67.89 $41.15 $33.55 

$27.01 $35.33 $31.40 $31.66 
$28.91 $37.20 $33.15 $33.38 

$8.36 $12.70 $10.53 $9.56 
$9.85 $15.31 $11.89 $10.90 

$29.93 $37.54 $28.04 $24.23 

$62.03 $103.69 $63.38 $53.37 
$57.85 $96.71 $59.13 $49.88 

$44.90 $58.62 $46.51 $44.27 

119.54 121.51 123.59 126.00 
2 .56% 1.65% 1.71% 1.95% 

$34.80 
$34.14 
$33.14 

$51.04 
$54.52 
$43.10 
$39.06 

$30.08 

$31.10 
$32.81 

$9.50 
$11.24 

$23.12 

$48.48 
$45.39 

$37.19 

128.53 
2.01% 



QCF (QUARTERLY 
COAL FORECST)- 200803 
JD Energy, Inc. 
aASEcAsE 

March 2008 

QUARTERLY SPOT PRICES- NOMINAL DOLLARS PER TON 
ECASE 

Year: .... .... 
Quarter: Ql Q1 

Northern APfJilll/ICh,. 
-1 .6%, 13000 EmJ $24.73 $24.68 $26.27 
-1.8%, 13000 BTU $22.15 $22.10 $23.29 
-2.3%, 13000 BTU $20.96 $20.87 $21.81 

Central Appal~ 
-.7%, 12500 BTU $24.95 $24.70 $25.71 
- .7%, 13000 BTU $26.49 $26.23 $25.50 
-1.0%, 12500 BTU $22.92 $22.81 $24.11 
-1.5%, 12500 BTU $21.61 $21.46 $22.50 

Ohio 
-4% , 12500 BTU $18.35 $18.25 $18.25 

Illinois Basin 
-3%, 11000 BTU (ll) $16.70 16.85 17.50 
-3%, 11000 BTU (KY) $17.80 18.10 18.75 

Powder River Basin 
-.33%, 8400 BTU $3.40 $3.30 $3.20 
-.35%, 8800 BTU $4.45 $4.40 $4.25 

Uirrtl Basin 
-.5%, 11500 BTU $14.20 $14.00 $13.50 

Foreign Coal 
-. 7%, 12000 BTU $34.20 $34.50 $33.65 
-.8%, 11600 BTU 

Potrolflum Colee 
-6%/30 HGI, 14000 BTU $10.28 $11.79 $15.88 

-!P 

$24.93 $26.76 $27.41 $26.76 $25.67 
$22.10 $22.35 $22.30 $22.40 $22.30 
$20.91 $21.21 $21.11 $21.21 $21.16 

$24.50 $26.86 $26.97 $27.17 $24.55 
$24.30 $26.65 $26.75 $26.95 $24.35 
$23,54 $24.90 $25.10 $25.21 $23.59 
$21.56 $23.44 $23.44 $23.54 $23.13 

$18.20 $18.30 $18.25 $18.40 $18.30 

$ 17.35 18.00 18.00 $18.00 $18.00 
$ 18.50 19.90 20.00 $21.00 $20.05 

$3.15 $3.00 $3.00 $3.00 $3.00 
$4.20 $4.00 $4.00 $4.00 $4.05 

$13.20 $13.60 $14.00 $14.40 $15.05 

$32.15 $32.00 $33.25 $33.50 $32.40 
$31.54 $30.51 

$17.24 $19.35 $20.41 $21.47 $21.02 

Q< 

$25.77 $25.94 $25.72 $24.63 $24.63 $24. 78 
$23.05 $23.79 $23.79 $23.29 $23.84 $23.44 
$22.01 $22.80 $22.80 $22.25 $22.80 $22.30 

$24.50 $25.60 $25.64 $25.27 $26.28 $26.71 
$24.30 $25.40 $25.43 $25.07 $26.07 $26.50 
$23.33 $23.96 $24.06 $23.33 $24.48 $25.10 
$22.40 $23.13 $23.18 $22.81 $23.33 $24.01 

$18.35 $18.30 $18.30 $18.10 $18.10 $17.70 

$18.15 $18.25 $18.25 $17.95 18.20 18.60 
$20.00 $19.95 $20.05 $19.35 20.00 20 .20 

$3.20 $3.30 $3.62 $3.35 $3.15 $3.27 
$4.50 $4.60 $4.80 $4.45 $4.20 $4.34 

$15.65 $15.60 $15.25 $15.20 $ 15.10 $ 14.80 

$30.95 $30.00 $29.20 $29.oq $30.15 $28.90 
$28.69 $27.71 $26.61 $26.08 $27.99 $26.13 

$19.81 $15.27 $7.41 $3.93 $1.36 $1.36 

$24.43 
$22.80 
$21.51 

$25.91 
$25.70 
$24.32 
$23.13 

$18.35 

$18.10 
$19.75 

$3.38 
$4.38 

$14.65 

$28.40 
$25.63 

$1.36 
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$23.54 $23.29 $23.34 $22.90 
$21.66 $21.41 $22.60 $22.03 
$19.73 $19.92 $21.46 $21.11 

$24.14 $23.89 $24.04 $23.54 
$23.95 $25.46 $25.50 $24.96 
$23.13 $22.92 $22.81 $22.34 
$22.03 $21.82 $21.30 $20.73 

518.00 $1B.40 $1B.90 $19.00 

$17.50 $17.15 $17.00 $16.75 
$19.00 $18.45 $18.05 $17.20 

$3.45 $3.47 $3.50 $3.40 
$4.45 $4.40 $4.45 $4.40 

$14.40 $14.10 $13.50 $12.75 

$28.00 $24.60 $24.40 $26.00 
$24.63 $23.34 $22.75 $24.13 

$1.36 $1.36 $2.75 $5.58 

$22.95 
$22.00 
$20.96 

$23.39 
$24.78 
$22.19 
$20.63 

$18.25 

$16.70 
$16.95 

$3.20 
$4.20 

$12.80 

$27.25 
$25.21 

$5.73 



QCF (QUARTERLY 
COAL FORECST)- 200803 

ANNUAL AVERAGE SPOT 
;BASE CAS 

2D1 "'' Northern Appalachia 
-1.6%, 13000 BTU $35.74 $34.76 $34.75 $35.09 $35.54 $36.06 
-1.8%, 13000 BTU $35.12 $34.22 $34.33 $34.68 $35.15 $35.67 
-2.3%, 13000 BTU $34.18 $33.40 $33.68 $34.07 $34.56 $35.08 

Central Appalachia 
-.7%, 12500 BTU $54.93 $55.89 $56.32 $57.10 $58.07 $59.24 
- . 7%, 13000 BTU $58.64 $59.66 $60.12 $60.95 $61.98 $63.24 
·1.0%, 12500 B1U $44.52 $42.80 $42.61 $42.98 $43.60 $44.39 
-1.5%, 12500 B1U $41.26 $41.31 $41.48 $42.20 $42.99 $43.79 

Ohio 
-4%, 12500 BTU $31.04 $30.34 $30.61 $30.98 $31.44 $31.93 

Illinois Basin 
-3%, 11000 BTU (IL) $33.52 $33.62 $33.70 $33.91 $34.20 $34.53 
· 3%, 11000 BTU (KY) $35.37 $35.52 $35.66 $35.92 $36.27 $36.65 

Powder River Basin 
-.33% , 8400 BTU $10.01 $9.86 $9.75 $9.80 $9.89 $10.12 
-. 35% , 8800 BTU $12.01 $12.03 $12.03 $12.17 $12.37 $12.63 

Uinta Basin 
-.5%, 11500 BTU $24.00 $24.26 $24.59 $24.93 $25.31 $25.68 

Foreign Coal 
-. 7%, 12000 BTU $49.89 $49.93 $50.47 $51.00 $51.55 $52.23 
-.8% , 11600 BTU $46.84 $47.02 $47.62 $48.25 $48.91 $49.57 

Petroleum Coke 
-6%/30 HGI, 14000 BTU $37.26 $37.14 $37.52 $37.92 $38.35 $38.78 

20 .. 2023 

$36.54 $37.02 $37.53 $39.24 $39.84 $40.46 
$36.17 $36.67 $37.21 $38.89 $39.49 $40.11 
$35.61 $36.14 $36.73 $38.38 $38.97 $39.58 

$60.63 $62.10 $63.62 $65.95 $68.34 $70.14 
$64.71 $66.28 $67.91 $70.40 $72.96 $74.89 
$45.26 $46.0 9 $47.07 $48.58 $50.16 $51.25 
$44.66 $45.54 $46.53 $48.04 $49.63 $50.72 

$32.42 $32.92 $33.47 $35.00 $35.55 $36.13 

$34.84 $35.19 $35.48 $35.87 $36.25 $36.63 
$37.02 $37.42 $37.78 $38.23 $38.66 $39.10 

$10.35 $10.56 $10.81 $11.16 $11.52 $11.72 
$12.91 $13.21 $13.59 $14.04 $14.49 $14.78 

$26.05 $26.43 $26.85 $27.26 $27.67 $28.10 

$52.93 $53.60 $54.27 $55.01 $55.80 $56.62 
$50.27 $50.96 $51.69 $52.44 $53.20 $54.00 

$39.25 $39.72 $40 .21 $40.73 $41.28 $41.86 

m• ml -$41.09 $41.75 $42.41 $43.07 
$40.74 $41.39 $42.04 $42.70 
$40.20 $40.85 $41.49 $42.14 

$71.93 $73.84 $75.83 $77.84 
$76.81 $78.85 $80.99 $83.14 
$52.35 $53.50 $54.65 $55.82 
$51.83 $52.98 $54.14 $55.31 

$36.71 $37.32 $37.92 $38.53 

$36.96 $37.33 $37.77 $38.23 
$39.50 $39.92 $40 .44 $40.96 

$11.90 $12.10 $12.26 $12.45 
$15.06 $15.36 $15.63 $15.92 

$28.53 $28.98 $29.43 $29.88 

$57.49 $58.40 $59.38 $60.40 
$54.84 $55.73 $56.67 $57.64 

$42.48 $43.14 $43.85 $44.60 
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~ -$43.72 $44,38 $45.08 
$43.34 $43.99 $44.69 
$42.77 $43.41 $44.10 

$79.91 $81.97 $84.09 
$85.36 $87.57 $89.84 
$57.00 $58.19 $59.46 
$56.50 $57.69 $58.96 

$39.13 $39.74 $40.38 

$38.67 $39.11 $39.58 
$41.47 $41.97 $42.51 

$12.63 $12.80 $13.01 
$16.22 $16.50 $16.84 

$30.33 $30.78 $31.26 

$61.44 $62.52 $63.57 
$58.63 $59.66 $60.67 

$45.37 $46.19 $46.97 



QCF (QUARTERLY 
COAL FORECST}- 200803 
JD Energy, Inc, 

- E 
March 2008 

ANNUAL AVERAGE SPOT 
E 

Year: .. Jill m• 
Northern Appalachhl 
-1.6%, 13000 BTU $32.59 $31.11 $30.51 $30.22 $30.02 $29.88 $29.71 $29.53 
-1.8%, 13000 BTU $32.02 $30.62 $30.13 $29.86 $29.68 $29.56 $29.40 $29.25 
-2 .3%, 13000 BTU $31.17 $29.89 $29.57 $29.34 $29.19 $29.07 $28.95 $28.83 

c.mral Appalachi<J 
-. 7%, 12soo aru $50.09 $50.01 $49.45 $49.16 $49.04 $49.09 $49.29 $49.54 
-. 7%, 13000 BTIJ $53.48 $53.39 $52.78 $52.48 $52.35 $52.41 $52.61 $52.89 
· 1.0%, 12500 BTU $40.60 $38.30 $37.41 $37.01 $36.83 $36.79 $36.79 $36.78 
·1.5%, 12500 BTU $37.63 $36.97 $36.42 $36.34 $36.31 $36.29 $36.30 $36.34 

Ohio 
-4%, 12500 BTU $28.30 $27.15 $26.87 $26.67 $26.55 $26.46 $26.36 $26.27 

Illinois Basin 
-3%, lHXXl B11J ( ll) $30.57 $30.08 $29.58 $29.20 $28.89 $28.61 $28.33 $28.07 
-3%. 11000 B11J (KY) $32.26 $31.79 $31.30 $30.93 $30.63 $30.37 $30.10 $29.86 

Powder Rlvar Basin 
-.33%, 8400 B11J $9.13 $8.82 $8.56 $8.44 $8.36 $8.39 $8.41 $8.43 
· .35%, 8800 BTU $10.96 $10.76 $10.56 $10.48 $10.45 $10.47 $10.49 $10.54 

Ulnta&lsin 
·.5%, 11500 BTU $21.89 $21.71 $21.59 $21.47 $21.38 $21.28 $21.17 $21.09 

Foreign OHII: Colombia 
•. 7%, 12000 BTU $45.49 $44.69 $44.31 $43,92 $43.54 $43.28 $43.03 $42.77 
• .8%, 11600 BTU $42.71 $42.08 $41.80 $41.55 $41,31 $41.08 $40.87 $40.66 

Petrohlum Coke 
·6%/30 HGI, 14000 BTU $33.98 $33.24 $32.93 $32.65 $32. 39 $32.14 $31.91 $31.69 

IMPUCIT PRICE 
DEFlATOR (GOP) 131.09 133.58 136.17 138.84 141.54 144.25 147.05 149 .83 

%Change 1.99% 1.90% 1.93% 1.96% 1.95% 1.91% 1.94% 1.89% 

lit/ n :• 
$29.39 $30.16 $30.07 $29.99 $29.90 
$29.14 $29.90 $29.81 $29.73 $29.64 
$28.76 $29.50 $29.42 $29.34 $29.25 

$49.82 $50.69 $51.58 $51.98 $52.34 
$53.18 $54.12 $55.07 $55.51 $55.89 
$36.86 $37.34 $37.86 $37.98 $38.09 
$36.44 $36.93 $37.46 $37.59 $37.71 

$26.21 $26.90 $26.84 $26.78 $26.71 

$27.78 $27.58 $27.36 $27.15 $26.89 
$29.58 $29.38 $29.18 $28.98 $28.74 

$8.47 $8.58 $8.69 $8.68 $8.66 
$10.64 $10.79 $10.93 $10.95 $10.96 

$21.03 $20.96 $20.89 $20.82 $20.76 

$42.50 $42.29 $42.12 $41.96 $41.83 
$40.48 $40.31 $40.16 $40.02 $39.91 

$31.49 $31.31 $31.16 $31.02 $30.91 

152.66 155.51 158.37 161.30 164.29 
1.89% 1.87% 1.84% 1.85% 1.85% 

:~;:::~ $29.73 $29.64 
$29.47 $29. 38 

r 18 $29.09 $28.99 

$52.74 $53.16 $53.56 
$,56.32 $56.77 $57.21 
$38.21 $38.31 $38.41 
$37.84 $37.95 $38.06 

$l 6 .65 $26.58 $26.51 

$l 6.66 $26.48 $26.30 
$28.52 $28.35 $28.18 

I 
~8.64 $8.60 $8.57 

'10.97 $10.96 $10.96 

$20.10 $20.63 $20.56 

I 
$ jU .72 $41.63 $41,56 

$ i 9 .81 $39.73 $39.66 

$30.81 $30.74 $30.69 

t 7.36 170.52 173.73 
1.87% 1.89% 1.88% 
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$29.54 $29.44 $29.37 
$29.28 $29.19 $29.11 
$28.90 $28.80 $28.73 

$53.99 $54.38 $54.78 
$57.67 $58.10 $58.53 
$38.51 $38.60 $38.74 
$38.17 $38.27 $38.41 

$26.44 $26.36 $26.31 

$26.13 $25.95 $25.79 
$28.02 $27.85 $27.70 

$8.54 $8.49 $8.48 
$10.96 $10.95 $10.97 

$20.49 $20.42 $20.36 

$41.51 $41.48 $41.41 
$39.61 $39.58 $39.52 

$30.66 $30.64 $30.60 

176.94 180.18 183 .49 
1 .85% 1.83% 1.84% 



QCF (QUARTERLY 
COAL FOREC$1}- 200803 

JD Energ~y~~· ;'"~c.;:~;;:==::J I!AifC~E 
March 2008 

QUARTERLY SPOT PRICE: 
:BAS_g 

Year: 
Quarter: 

Northern Appafachl• 
·1.6%, 13000 BTU 
· 1.8%, 13000 BTU 
·2.3%, 13000 BTU 

Central Ap~lachla 
-.7%, 12500 BTU 
-. 7%, 13000 sru 
-1.0%, 12500 eru 
-1.5%, 12500 Bl1J 

Ohio 
-4%, 12500 BTU 

fJflnols Basin 
-3%, 11000 eru (ILl 
-3%, uooo eru (KY) 

Powder River Basin 
-.33%, 8400 eru 
-.35%, ssoo eru 

Uinta Ba.sJn 
-.5%, 11500 eru 

Foreign Coal 
-.7%, 12000 eru 
-.s%, 11600 eru 

Petroleum Coke 
-6%/30 HGI, 14000 Bl1J 

$ 24.38 $26.12 
$23.59 $ 24.65 
$ 22.55 $ 23.59 

$ 24.65 $ 28.02 
$ 26.17 $29.77 
$22.92 $26.35 
$ 21.0 4 $ 24.48 

$ 18.75 $19 .55 

$ 16.80 $ 17.05 
$17.45 $ 18.45 

$3.40 $3.70 
$ 4.35 $4.55 

$ 13.30 $14.55 

$ 27.85 $ 30.45 
$ 25.63 $28.20 

$8.83 $ 19.78 

$32.86 $42.38 $ 4 3 .91 $42.92 $35.34 $29.34 
$ 31.91 $ 41.26 $42.81 $41.85 $34.32 $28.36 
$ 29.39 $ 37.07 $ 39.40 $38.11 $31.57 $26.61 

$ 46.72 $51.11 $49.19 $41.33 $30.14 $27.67 
$49.66 $54.33 $52.31 $43.93 $32.07 $29.43 
$ 43.07 $48.65 $45.89 $38.75 $28.18 $25.94 
$ 34.69 $ 43.65 $41.15 $34.53 $24.22 $ 22.86 

$ 23.95 $ 26.85 $27.85 $27.10 $22.34 $20.15 

$ 22.05 $ 25.35 $25.65 $ 25.45 $21.90 $19.80 
$ 24.30 $ 3 1 .4 5 $ 32.10 $ 31.85 $27.80 $ 22.60 

$6.25 $10.65 $7.05 $6.35 $4.65 $4.70 
$ 7 .90 $12.75 $ 8.70 $8.00 $ 5.85 $5.75 

$19.05 $19.85 $20.55 $20.80 $ 18.40 $16.30 

$35.10 $ 36.90 $36.85 $32.62 $29.81 $27.54 
$ 32.60 $34.32 $34.31 $ 30.52 $27.99 $25.95 

$ 18.11 $14.62 $9.95 $8.24 $7.44 $5.79 

QJ Of 

$29.09 $27.70 $28.20 $ 30.88 $31.57 $33.50 $41. 24 
$28.09 $26.73 $27.01 $29.66 $ 30.41 $32.23 $40.04 
$ 26.66 $ 25.18 $ 25.82 $28.50 $29.34 $31.03 $39.12 

$29.23 $29.74 $32.36 $ 34.02 $33.87 $36.84 $49.62 
$31.12 $ 31.65 $ 34.44 $36.21 $36.07 $39.24 $52.84 
$ 27.24 $27.66 $29.43 $ 31.77 $31.93 $35.05 $47.99 
$ 24.53 $25.16 $26.93 $ 28.85 $28.96 $32.03 $44. 34 

$ 20.45 $ 19.95 $ 21.40 $ 22.95 $23.35 $ 24.35 $28.09 

$ 18.50 $18.65 $ 18.80 $19.55 $19.60 $ 20.50 $ 22. 55 
$21.50 $ 21.45 $21.45 $21.95 $ 22.10 $22.85 $ 24.95 

$4.65 $4.95 $ 5 .00 $4.80 $5.25 $5.45 $5.55 
$5.75 $6.05 $6.00 $5.90 $6.30 $6.65 $6.58 

$ 16.45 $16.65 $16.15 $16.90 $17.15 $ 18.30 $22.42 

$25.06 $ 28.38 $ 28.55 $28.04 $35.00 $ 42.12 $46.23 
$ 23.57 $ 26.63 $26.83 $26.40 $ 32.86 $39.55 $43.28 

$7.97 $13.08 $20.35 $14.53 $8.52 $8.71 $6.60 

$45.53 
$44.46 
$43.84 

$56.75 
$60.43 
$54.08 
$49.69 

$28.78 

$25.07 
$28.05 

$5.43 
$6.43 

$25.95 

$54.39 
$50.97 

$6.46 
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gz 

$52.70 $61.62 $56.60 $ 5 4 .24 
$51.30 $59,78 $55.15 $ 52.33 
$50.32 $58.33 $52.98 $ 49.48 

$ 62.95 $65.15 $62.35 $63.07 
$67.05 $69.37 $66.41 $67.18 
$58.30 $59.75 $57.71 $59.20 
$53.05 $52.61 $53.50 $54.86 

$35.38 $40.77 $36.73 $ 35.18 

$26.80 $30.05 $27.32 $27.22 
$30.50 $33.20 $ 30.03 $ 29.25 

$5.00 $4.93 $5. 18 $6.35 
$ 6.02 $6.02 $6.33 $ 7.98 

$29.42 $29.50 $28.98 $31.12 

$68.50 $67.62 S57.64 $49.06 
$64.08 $63.25 $53.92 $45.94 

$14.71 $20.46 $22.76 $13.25 

QJ 

$53.9 1 $52.95 
$51.52 $49.91 
$47.94 $45.35 

$ 60.38 $62.08 
$ 6 4.33 $ 66.12 
$ 56.23 $56.81 
$ 52.78 $51.59 

$ 35.75 $ 35.85 

$27.75 $ 27.88 
$29.83 $ 30.15 

$ 7 .72 $12.57 
$10.03 $ 16.00 

$34.82 $ 37.50 

$ 51.92 $ 41.84 
$ 48.57 $ 39.17 

$12.02 $ 21.98 



QCF (QUARTERLY 
COAL FORECST)- 200803 

QUARTERLY SPOT PRICE: 
'BASE CASE 

Year: - "lOfiT 
Quarter: Q1 Q2 Qf Q1 Q2 Q3 

Northem AppiJixhl~ 
-1.6%, 13000 BTU $49.63 $46.60 $44.14 $42.90 $44.00 $44.75 $46.60 
-1.8%, 13000 BTU $46.48 $43.85 $41.92 $41.40 $43.09 $44.02 $45.83 
-2.3%, 13000 BTU $41.76 $39.72 $38.58 $39.14 $41.73 $42.93 $44.67 

Contn/ Ap-chlo 
-.7%, 12500 BTU $61.21 $59.39 $54.23 $48.82 $41.92 $44.73 $45.65 
-.7%, 1)(X)() BTU $65.20 $63.26 $57.79 $52.01 $44.66 $47.65 $48.65 
-1 .0%, 12soo eru $55.10 $51.81 $49.69 $46.23 $39.55 $42.53 $43.65 
-1.5%, 12500 eru $48.97 $46.25 $44.09 $42.62 $35.52 $39.22 $40.17 

Ohio 
-4%, 12500 BnJ $34.63 $32.63 $30.67 $32.24 $35.45 $37.43 $38.63 

11/inols&sln 
-3%, 11000 eru (IL) $27.27 $26.53 $26.63 $27.60 $26.85 $26.53 $26.93 
-3%, 11000 BTU (KY) $29.37 $28.57 $28.72 $29.58 $28.77 $28.52 $28.77 

Powder River Ba&ln 
-. 33%, 8400 eru $14.20 $10.63 $8.20 $7.63 $7.18 $7.48 $8.92 
-.35%, 8800 BnJ $17.68 $13.62 $10.18 $9.47 $8.80 $8.93 $10.47 

UirJUI Ba&Jn 
-.5%, 11500 BTU $38.45 $37.62 $35.83 $35.13 $33.75 $32.50 $27.02 

ForeignCCUJI 
-.7%, 12000 eru $48.83 $52.74 $50.93 $49.61 $51.13 $52.48 $59.37 
-.B%, 11600 eru $45.68 $49.24 $47.65 $46.32 $47.70 $48.95 $55.37 

Petrol.um Coke 
-6%/30 HGI, 14000 BTU $24.99 $36.75 $39.32 $37.98 $44.03 $47.68 $44.98 

Q3 Qf 

$51.10 $73.95 $88.05 $82.50 $71.42 58.77 
$50.46 $72.73 $86,53 $80.85 $69.60 57.15 
$49.50 $70.90 $84.25 $78.37 $66.88 54.73 

$53.55 $74.38 $89.33 $85.03 $72.27 61.70 
$57.06 $79.26 $95.18 $90.63 $77.01 65.76 
$51.60 $71.43 $85.48 $81.50 $69.35 58.85 
$47.98 $63.05 $67.21 $59.57 $47.20 41.20 

$45.23 $65.86 $78.04 $71.70 $60.44 49.28 

$27.73 $32.13 $39.42 $38.23 $33.85 32.07 
$29.60 $34.05 $41.40 $40.07 $35.72 33.88 

$9.85 $11.97 $13.85 $13.15 $12.68 12.22 
$11.20 $14.42 $17.25 $15.97 $14.62 r 3.65 

$26.43 $34.83 $42.40 $39.70 $35.68 r 2.52 

$85.13 $111.06 $123.68 $105.18 $81.68 po.69 
$79.38 $103.60 $115.38 $98.07 $76.17 65.93 

$42.90 $55.19 $70.38 $60.30 $52.48 49.98 

Q2 

$49.90 $48.48 
$48.43 $47.20 
$46.22 $45.27 

$57.33 $57.10 
$61.10 $60.87 
$54.25 $53.77 
$38.95 $39.65 

$41.73 $40.95 

$32.27 $32.83 
$34.13 $34.60 

$11.50 $10.48 
$12.92 $11.82 

$29.07 $27.90 

$66.43 $63.52 
$61.96 $59.27 

$47.62 $47.55 
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Qf Qf Q2 Q3 

$44.78 $42.93 $41.18 $41.03 
$43.74 $42.01 $40.22 $40.24 
$42.17 $40.63 $38.77 $39.05 

$55.35 $54.95 $54.08 $54.77 
$59.00 $58.58 $57.65 $58.40 
$51.75 $51.05 $49.88 $50.27 
$39.35 $39.67 $39.35 $40.38 

$38.21 $36.86 $35.13 $35.42 

$32.70 $32.98 $32.98 $33.93 
$34.48 $34.80 $34.85 $35.70 

$9.33 $9.83 $9.70 $10.50 
$10.80 $11.27 $11.12 $11.83 

$26.47 $25.80 $25.40 $25.63 

$61.45 $59.55 $55.20 $56.82 
$57.35 $55.62 $51.57 $53.12 

$47.20 $46.93 $46.63 $47.30 

$39.42 
$38.68 
$37.57 

$53.73 
$57.28 
$48.93 
$40.25 

$34.05 

$33.58 
$35.37 

$10.28 
$11.75 

$25.32 

$53.44 
$49.98 

$45.78 



QCF (QUARTERLY 
COAL FORECST)- 200803 

ANNUAL AVERAGE CONTRACT PRICES- NOMINAL DOLLARS F 
NNUAL AVE RAG I! CONTRACT PRICES- REAL 2007 DOLLARS 

QUARTERLY CONTRACT PRICES- NOM INAL DOLLA~ PER TO 

ANNUAL AVERAGE CONTRACT PRICES- NOMINAL DOLLARS PER TON 

Year: 2010 2011 2012 
Northern Appalachia 
-1.6%, 13000 BTU $72.15 $49.33 $40.12 $37.51 $36.31 
-1.8%, 13000 BTU $70.51 $48.28 $39.38 $36.83 $35.73 
-2 .3%, 13000 BTU $68.06 $46.70 $38.27 $35.82 $34.85 

Central Appalachia 
-.7%, 12500 BTU $73.85 $57.43 $55.24 $56.71 $57.15 
-. 7%, 13000 BTU $78.72 $61.23 $58.93 $60.57 $61.01 
-1.0%, 12500 BTU $69.14 $52.38 $49.31 $46.50 $44.94 
-1.5%, 12500 BTU $55.50 $40.86 $41.23 $42.89 $42.56 

Ohio 
-4% , 12500 BTU $61.80 $42.50 $34.64 $32.52 $31.66 

Illinois Basin 
-3%, 11000 BTU (IL) $34.94 $33.31 $34.42 $34.50 $34.59 
-3%, 11000 BTU (KY) $36.83 $35.13 $36.30 $36.41 $36.53 

Powder River Basin 
-.33%, 8400 BTU $12.69 $10.74 $10.42 $10.39 $10.21 
-. 35%, 8800 BTU $14.65 $12.46 $12.13 $12.42 $12.38 

Uinta Basin 
- .5%, 11500 BTU $33.60 $27.60 $25.81 $25.21 $24.91 

Foreign Coal 
-.7%, 12000 BTU $81.21 $60.35 $55.43 $52.54 $51.50 
- .8%, 11600 BTU $75.81 $56.44 $51.87 $49.29 $48.44 

Petroleum Coke 
-6%/30 HGI, 14000 BTU $53.71 $47.54 $44.16 $39.76 $38.38 

.tdl 
Al4 
A67 

A121 

2013 2014 2015 

$35.86 $36.05 $36.46 
$35.36 $35.62 $36.05 
$34.61 $34.98 $35.43 

$57.92 $58.58 $59.51 
$61.83 $62.53 $63.53 
$44.05 $44.19 $44.73 
$42.76 $43.23 $44.01 

$31.45 $31.80 $32.23 

$34.70 $34.87 $35.13 
$36.70 $36.92 $37.25 

$10.11 $10.08 $10.18 
$12.41 $12.49 $12.68 

$25.22 $25.57 $25.94 

$51.80 $52.36 $52.93 
$48.85 $49.49 $50.15 

$38.52 $38.92 $39.36 

2016 2017 

$36.96 $37.47 
$36.56 $37.08 
$35.95 $36.50 

$60.65 $61.98 
$64.74 $66.17 
$45.47 $46.31 
$44.84 $45.70 

$32.72 $33.23 

$35.45 $35.79 
$37.62 $38.01 

$10.35 $10.58 
$12.92 $13.21 

$26.32 $26.70 

$53.57 $54.27 
$50.84 $51.54 

$39.80 $40.27 
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, 

$37.97 $38.68 $39.64 
$37.60 $38.34 $39.30 
$37.05 $37.81 $38.78 

$63.46 $65.14 $67.14 
$67.74 $69.54 $71.67 
$47.21 $48.24 $49.53 
$46.62 $47.68 $48.98 

$33.75 $34.46 $35.36 

$36.12 $36.46 $36.81 
$38.40 $38.81 $39.22 

$10.81 $11.07 $11.38 
$13.52 $13.88 $14.30 

$27.10 $27.51 $27.94 

$54.98 $55.68 $56.42 
$52.26 $53.00 $53.76 

$40.75 $41.25 $41.78 



QCF (QUARTERLY 
COAL FORECST)- 200803 

ANNUAL AVERAGE CONTRACT PRICES- REAL 2007 DOLLARS PER TON 
BASE CASE 

Year: 2008 2009 2010 2011 2012 
Northern Appalachia 
-1.6%, 13000 BTU $70.98 $47.71 $38.07 $34.88 $33.11 
-1.8%, 13000 BTU $69.37 $46.69 $37.37 $34.26 $32.58 
-2 .3%, 13000 BTU $66.95 $45.17 $36.31 $33.31 $31.78 

Central Appalachia 
-. 7%, 12500 BTU $72.65 $55.55 $52.41 $52.75 $52.11 
- .7%, 13000 BTU $77.44 $59.23 $55.91 $56.33 $55.63 
-1.0 %, 12500 BTU $68.02 $50.66 $46.78 $43.25 $40.98 
-1.5%, 12500 BTU $54.60 $39.52 $39.11 $39.89 $38.81 

Ohio 
-4%, 12500 BTU $60.80 $41.11 $32.87 $30.24 $28.87 

Illinois Basin 
-3%, 11000 BTU (IL) $34.37 $32.21 $32.66 $32.09 $31.54 
-3 %, 11000 BTU (KY) $36.24 $33.98 $34.44 $33.86 $33.31 

Powder River Basin 
- .33%, 8400 BTU $12.48 $10.39 $9.88 $9.66 $9.31 
- .35%, 8800 BTU $14.41 $12.06 $11.51 $11.55 $11.29 

Uinta Basin 
- .5%, 11500 BTU $33.05 $26.70 $24.48 $23.44 $22.72 

Foreign Coat: Colombia 
-. 7% , 12000 BTU $79.89 $58.38 $52.59 $48.87 $46.96 
- .8%, 11600 BTU $74.58 $54.59 $49.22 $45.84 $44.17 

Petroleum Coke 
-6%/30 HGI, 14000 BTU $52.84 $45.98 $41.89 $36.98 $35.00 

2013 2014 2015 2016 

$32.09 $31.65 $31.40 $31.21 
$31.64 $31.27 $31.04 $30.87 
$30.98 $30.71 $30.51 $30.37 

$51.83 $51.43 $51.24 $51.22 
$55.33 $54.89 $54.70 $54.68 
$39.42 $38.79 $38.51 $38.40 
$38.27 $37.96 $37.90 $37.87 

$28.15 $27.92 $27.75 $27.63 

$31.06 $30.61 $30.25 $29.94 
$32.84 $32.41 $32.07 $31.77 

$9.04 $8.85 $8.76 $8.74 
$11.11 $10.97 $10.92 $10.91 

$22.57 $22.45 $22.34 $22.23 

$46.36 $45.96 $45.58 $45.24 
$43.71 $43.44 $43.18 $42.94 

$34.47 $34.17 $33.89 $33.62 

2017 

$31.05 
$30.73 
$30.24 

$51.37 
$54.83 
$38.38 
$37.87 

$27.53 

$29.66 
$31.50 

$8.77 
$10.94 

$22.13 

$44.98 
$42.71 

$33.37 
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2018 2019 2020 

$30.87 $30.87 $31.04 
$30.57 $30.59 $30.77 
$30.12 $30.17 $30.37 

$51.59 $51.98 $52.57 
$55.07 $55.48 $56.12 
$38.38 $38.49 $38.78 
$37.90 $38.04 $38.35 

$27.43 $27.49 $27.69 

$29.36 $29.09 $28.83 
$31.22 $30.96 $30.71 

$8.79 $8.83 $8.91 
$10.99 $11.07 $11.20 

$22.03 $21.95 $21.88 

$44.70 $44.43 $44. 18 
$42.48 $42.28 $42.09 

$33.13 $32.91 $32.72 



QCF (QUARTERLY 
COAL FORECST)- 200803 

QUARTERLY CONTRACT PRICES- NOMINAL DOLLARS PER TON 
ASE CASE 

Year: 2001 
Quarter: Q1 02 Q3 

Northern Appalachia 
-1.6%, 13000 BTU $ 72.06 $78.83 $72.78 $64.93 
-1.8%, 13000 BTU $70.47 $77.05 $71.10 $63.42 
-2 .3%, 13000 BTU $68.09 $74.39 $68.59 $61.15 

Central Appalachia 
- .7%, 12500 BTU $75.06 $ 79.18 $75.47 $65.68 
-. 7%, 13000 BTU $80.00 $84.40 $80.45 $70.01 
-1.0°/o, 12500 BTU $ 70.81 $74.35 $70.50 $60.90 
-1.5%, 12500 BTU $ 60.95 $61.57 $53.60 $45.87 

Ohio 
-4%, 12500 BTU $62.05 $67.63 $62.17 $55.36 

Illinois Basin 
-3% , 11000 BTU (IL) $34.05 $36.49 $35.95 $33.26 
-3%, 11000 BTU (KY) $35.90 $38.45 $37.90 $35.09 

Powder River Basin 
-.33%, 8400 BTU $12.11 $13.58 $12.68 $12.39 
-.35%, 8800 BTU $14.06 $ 15.73 $14.58 $14.22 

Uinta Basin 
- .5% , 11500 BTU $33.12 $35.19 $34.05 $32.03 

Foreign Coal 
-.7%, 12000 BTU $88.57 $86.35 $79. 15 $70.75 
- .8%, 11600 BTU $82.66 $80.60 $73.90 $66.09 

Petroleum Coke 
-6%/30 HGI, 14000 BTU $ 56.16 $56.54 $52.59 $49.55 

$56.49 $48.00 $47.43 $45.39 $ 41.81 
$55.21 $ 46.96 $46.44 . $44.49 $ 41.01 
$53.29 $45.39 $44.97 $43.14 $39.80 

$58.53 $57.43 $57.25 $56.50 $55.80 
$62.40 $61.23 $61.04 $60.25 $59.52 
$53.88 $52.52 $52.05 $51.07 $50.18 
$40.65 $40.73 $41.00 $41.06 $41.07 

$48.26 $41.22 $40.94 $39.57 $36.78 

$33.16 $33.27 $33.36 $33.43 $33.45 
$34.98 $35.10 $35.18 $35.26 $35.28 

$11.73 $10.74 $10.42 $10.07 $10.10 
$13.49 $12.43 $12.13 $11.80 $11.87 

$29.60 $28.09 $26.67 $26.06 $25.53 

$63.16 $60.25 $59.91 $58.08 $56.35 
$59.02 $56.33 $56.04 $54.36 $52.78 

$48.06 $47.76 $47.21 $47.11 $46.13 

02 

$40.00 
$39.25 
$38.13 

$55.29 
$58.99 
$49.46 
$41.16 

$35.50 

$33.50 
$35.34 

$10.11 
$11.93 

$25.37 

$55.45 
$51.97 

$45.24 
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Q 

$39.81 $38.87 
$39.09 $38.18 
$38.01 $37.15 

$54.85 $55.00 
$58.53 $58.69 
$48.85 $48.75 
$41.28 $41.40 

$35.66 $35.12 

$33.55 $33.53 
$35.38 $35.38 

$10.12 $10.07 
$11.99 $12.02 

$25. 24 $25.15 

$54.93 $53.38 
$51.51 $50.09 

$45.14 $43.03 



QCF (QUARTERLY 
COAL FORECST)- 200803 

ANNUAL AVERAGE CONTf 
BASE CASE 

Year: 2021 2022 202 
Northern Appalachia 
-1.6%, 13000 BTU $40.83 $41.46 $42.12 
-1.8%, 13000 BTU $40.48 $41.10 $41.75 
-2 .3%, 13000 BTU $39.94 $40.56 $41.20 

Central Appalachia 
-.7% , 12500 BTU $69.47 $71.62 $73.49 
-. 7%, 13000 BTU $74.16 $76.47 $78.48 
-1.0%, 12500 BTU $51.04 $52.41 $53.55 
-1.5%, 12500 BTU $50.49 $51.87 $53.01 

Ohio 
-4%, 12500 BTU $36.43 $37.02 $37.62 

Illinois Basin 
-3 %, 11000 BTU (IL) $37.21 $37.59 $37.96 
-3%, 11000 BTU (KY) $39.67 $40.12 $40.55 

Powder River Basin 
- .33%, 8400 BTU $11.71 $12.00 $12.20 
- .35% , 8800 BTU $14.74 $15.12 $15.42 

Uinta Basin 
- .5%, 11500 BTU $28.36 $28.79 $29.24 

Foreign Coal 
- .7% , 12000 BTU $57.21 $58.05 $58.92 
- .8%, 11600 BTU $54.54 $55.35 $56.21 

Petroleum Coke 
-6%/30 HGI, 14000 BTU $42.33 $42.92 $43.54 

02 

$42.78 $43.46 $44.14 
$42.41 $43.08 $43.75 
$41.85 $42.51 $43.18 

$75.41 $77.42 $79.49 
$80.53 $82.69 $84.91 
$54.71 $55.90 $57.10 
$54.18 $55.37 $56.57 

$38.23 $38.85 $39.48 

$38.33 $38.75 $39.22 
$40.99 $41.47 $42.00 

$12.39 $12.58 $12.76 
$15.71 $16.01 $16.30 

$29.69 $30.16 $30.62 

$59.85 $60.83 $61.87 
$57.11 $58.05 $59.04 

$44.21 $44.93 $45.68 

02 

$44.81 $45.49 
$44.42 $45.10 

T~ 
$44.50 

$ 1.59 $83.73 
$87.16 $89.45 
$58.31 $59.54 

$ r .79 $59.02 

:J:::: 
$40.73 

$40.14 
$42.54 $43.07 

$ 1 .94 $13. 13 

:J:::: 
$16.91 

$31.55 

$ J 2.93 $64.02 

:r:: $61.09 

$47.29 
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2030 

$46.19 $46.89 
$45.78 $46.48 
$45.18 $45.87 

$85.89 $88.08 
$91.76 $94.12 
$60.80 $62.11 
$60.29 $61.59 

$41.37 $42.01 

$40.60 $41.08 
$43.60 $44.14 

$13.33 $13.54 
$17.23 $17.59 

$32.03 $32.50 

$65.11 $66.18 
$62.14 $63.15 

$48.10 $48.88 



QCF (QUARTERLY 
COAL FORECST)- 200803 

ANNUAL AVERAGE CONTf 
BASE CASE 

Year: 2021 2022 202J 
Northern Appalachia 
-1.6%, 13000 BTU $31.39 $31.30 $31.21 
-1.8%, 13000 BTU $31.11 $31.03 $30.94 
-2.3%, 13000 BTU $30.70 $30.62 $30.54 

Central Appalachia 
-. 7%, 12500 BTU $53.40 $54.06 $54.47 . 
-.7% , 13000 BTU $57.01 $57.72 $58.16 
-1.0%, 12500 BTU $39.23 $39.56 $39.69 
-1.5%, 12500 BTU $38.81 $39.15 $39.29 

Ohio 
-4%, 12500 BTU $28.01 $27.94 $27.88 

Illinois Basin 
-3%, 11000 BTU (IL) $28.60 $28.37 $28.13 
-3%, 11000 BTU (KY) $30.50 $30.28 $30.05 

Powder River Basin 
- .33%, 8400 BTU $9.00 $9.05 $9.04 
-.35%, 8800 BTU $11.33 $11.41 $11.43 

Uinta Basin 
-.5%, 11500 BTU $21.80 $21.73 $21.67 

Foreign Coal: Colombia 
- .7%, 12000 BTU $43.98 $43.82 $43.67 
- .8%, 11600 BTU $41.93 $41.78 $41.66 

Petroleum Coke 
-6%/30 HGI, 14000 BTU $32.54 $32.40 $32.27 

2024 2025 2028 2027 

$31.13 $31.04 $30.94 $30.84 
$30.86 $30.77 $30.67 $30.57 
$30.45 $30.37 $30.27 $30.17 

$54.87 $55.30 $55.73 $56.15 
$58.60 $59.06 $59.52 $59.97 
$39.81 $39.93 $40.03 $40.12 
$39.42 $39.55 $39.66 $39.76 

$27.82 $27.75 $27.67 $27.59 

$27.89 $27.68 $27.49 $27.30 
$29.83 $29.62 $29.45 $29.27 

$9.01 $8.98 $8.94 $8.91 
$11.43 $11.44 $11.43 $11.42 

$21.61 $21.54 $21.47 $21.39 

$43.55 $43.45 $43.37 $43.30 
$41.55 $41.47 $41.39 $41.32 

$32.17 $32.09 $32.03 $31.98 

2021 

$30.74 
$30.47 
$30.07 

$56.57 
$60.43 
$40.23 
$39.88 

$27.52 

$27.12 
$29.10 

$8.87 
$11.42 

$21.32 

$43.25 
$41.28 

$31.95 
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2028 2030 

$30.64 $30.55 
$30.37 $30.28 
$29.98 $29.88 

$56.98 $57.38 
$60.88 $61.31 
$40.34 $40.46 
$40.00 $40.12 

$27.44 $27.37 

$26.94 $26.76 
$28.92 $28.76 

$8.84 $8.82 
$11.43 $11.46 

$21.25 $21.18 

$43.20 $43.11 
$41.22 $41.14 

$31.91 $31.85 
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QCF (QUARTERLY 
COAL FORECST)- 200803 
JD Energy, Inc. 
HIGH CASE 

March 2008 

tl:.l.l 
ANNUAL AVERAGE SPOT PRICES- NOMINAL DOLLARS PERT< A14 
ANNUAL AVERAGE SPOT PRICES- REAL 2007 DOLLARS PER 1 A67 
QUARTERLY SPOT PRICES- NOMINAL DOLLARS PER TON A121 

ANNUAL AVERAGE SPOT PRICES- NOMINAL DOLLARS PER TON 
HIGH CASE 

Year: 2007 2008 2009 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 
Northern Appalachia 
-1.6%, 13000 BTU $46.61 $100.66 $105.96 $77.01 $62.96 $62.98 $63.45 $63.67 $64.41 $65.15 $65.97 $66.70 $67.38 
- 1.8%, 13000 BTU $45.85 $98.64 $103.11 $75.40 $61.75 $61.88 $62.46 $62.89 $63.66 $64.43 $65.25 $66.02 $66.75 
-2 .3%, 13000 BTU $44.71 $95.60 $98.85 $73.00 $59.95 $60.24 $60.96 .. ,r $62.53 $63.35 $64.18 $65.00 $65.79 

Central Appalachia 
-.7%, 12500 BTU $46.46 $78.41 $104.96 $88.47 $79.60 $70.39 $71.54 $72.66 $73.56 $75.07 $76.90 $78.74 $80.62 
-.7%, 13000 BTU $49.50 $83.56 $111.87 $94.34 $85.03 $75.15 $76.37 $77.57 $78.52 $80.14 $82.09 $84.05 $86.05 
-1.0°/o, 12500 BTU $44.33 $75.18 $99.12 $81.39 $67.22 $57.05 $54.78 $54.97 $55.37 $56.37 $57.62 $58.78 $59.84 
-1.5%, 12500 BTU $40.72 $57.90 $72.16 $64.93 $60.92 $52.88 $52.88 $53.51 $54.37 $55.58 $56.84 $58.00 $59.12 

Ohio 
-4%, 12500 BTU $39.19 $87.71 $89.29 $66.19 $51.87 $50.95 $50.22 $51.T $51.96 $53.06 $54.18 $55.28 $56.31 

Illinois Basin 
-3% , 11000 BTU (IL) $27.01 $43.75 $47.01 $41.11 $39.22 $39.76 $40.32 $40.86 $41.56 $42.37 $43.23 $44.08 $44.98 
-3%, 11000 BTU (KY) $28.91 $46.06 $49.63 $43.34 $41.37 $41.96 $42.60 $43.23 $44.03 $44.93 $45.89 $46.84 $47.84 

Powder River Basin I 
-.33%, 8400 BTU $8.36 $15.29 $16.34 $13.55 $11.45 $11.46 $11.52 $11.6~ $11.90 $12.27 $12.81 $13.37 $13.92 
- .35%, 8800 BTU $9.85 $16.87 $17.72 $15.13 $13.55 $13.76 $14.06 $14.33 $14.78 $15.33 $15.99 $16.68 $17.42 

Uinta Basin I 
-.5%, 11500 BTU $29.93 $48.95 $50.65 $47.38 $44.44 $43.05 $43.10 $42.89 $43.02 $43.15 $42.49 $41.70 $40.18 

Foreign Coal I 
-.7%, 12000 BTU $62.03 $136.25 $145.03 $108.60 $93.31 $81.37 $74.60 $70.07 $68.76 $70.07 $71.47 $72.81 $73.94 
- .8%, 11600 BTU $57.85 $127.07 $135.30 $101.49 $87.36 $76.41 $70.24 $66. r $65.05 $66.48 $67.83 $69.14 $70.30 

Petroleum Coke 
-6%/30 HGI, 14000 BTU $44.90 $78.30 $106.44 $89.90 $71.58 $60.79 $55.49 $52.08 $51.12 $52.13 $53.07 $53.99 $54.78 

1 



QCF (QUARTERLY 
COAL FORECST)- 200803 
JD Energy, Inc. 
HIGH CASE 

March 2008 

ANNUAL AVERAGE SPOT PRICES- REAL 2007 DOLLARS PER TON 
HIGH CASE 

Year: 2007 2008 2009 2010 
Northern Appalachia 
-1.6%, 13000 BTU $46.61 $99.03 $102.49 $73.07 
-1.8%, 13000 BTU $45.85 $97.04 $99.74 $71.54 
-2 .3%, 13000 BTU $44.71 $94.05 $95.61 $69.26 

Central Appalachia 
- .7%, 12500 BTU $46.46 $77.14 $101.52 $83.93 
- .7%, 13000 BTU $49.50 $82.21 $108.21 $89.51 
-1.0 °/o, 12500 BTU $44.33 $73.96 $95.88 $77.22 
-1.5%, 12500 BTU $40.72 $56.96 $69.80 $61.60 

Ohio 
-4%, 12500 BTU $39.19 $86.29 $86.37 $62.80 

Illinois Basin 
-3%, 11000 BTU (IL) $27.01 $43.04 $45.47 $39.01 
-3%, 11000 BTU (KY) $28.91 $45.31 $48.01 $41.12 

Powder River Basin 
-.33 %, 8400 BTU $8.36 $15.04 $15.80 $12.86 
- .35%, 8800 BTU $9.85 $16.59 $17.14 $14.35 

Uinta Basin 
- .5%, 11500 BTU $29.93 $48.15 $48.99 $44.95 

Foreign Coal: Colombia 
-.7%, 12000 BTU $62.03 $134.05 $140.28 $103.03 
- .8% , 11600 BTU $57.85 $125.02 $130.87 $96.29 

Petroleum Coke 
-6%/30 HGI, 14000 BTU $44.90 $77.03 $102.96 $85.30 

2011 2012 2013 2014 2015 

$58.55 $57.43 $56.78 $55.90 $55.46 
$57.44 $56.43 $55.89 $55.21 $54.81 
$55.76 $54.93 $54.56 $54.17 $53.84 

$74.03 $64.19 $64.02 $63.79 $63.33 
$79.08 $68.53 $68.34 $68.10 $67.60 
$62.52 $52.03 $49.02 $48. 26 $47.68 
$56.66 $ 48.22 $47.32 $46.98 $46.81 

$48.24 $46.46 $44.94 $44.81 $44.74 

$36.48 $36.26 $36.08 $35.87 $35.79 
$38.48 $38.26 $38.12 $37.95 $37.91 

$10.65 $10.45 $10.31 $10.20 $10.25 
$12.60 $12.54 $12.58 $12.58 $12.73 

$41.33 $39.26 $38.57 $37.65 $37.04 

$86.78 $74.20 $66.76 $61.52 $59.20 
$81.26 $69.68 $62.86 $58.03 $56.01 

$ 66.57 $55.43 $49.66 $45.72 $44.02 

2016 

$55.03 
$54.42 
$53.50 

$63.40 
$67.68 
$47.61 
$46.94 

$44.81 

$35.78 
$37.95 

$10.36 
$12.95 

$36.44 

$59.18 
$56.15 

$44.03 
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2017 2018 2019 

$54.67 $54.23 $53.76 
$54.07 $53.67 $53.25 
$53.18 $52.84 $52.49 

$63.73 $64.01 $64.32 
$68.02 $68.33 $68.66 
$47.75 $47.79 $47.74 
$47.10 $47.15 $47.17 

$44.90 $44.94 $44.93 

$35.82 $35.84 $35.88 
$38.03 $38.08 $38.17 

$10.62 $10.87 $11.11 
$13.25 $13.56 $13.90 

$35.21 $33.90 $32.06 

$59.22 $59.19 $58.99 
$56.21 $56.21 $56.09 

$43.98 $43.89 $43.71 



QCF (QUARTERLY 
COAL FORECST)- 200803 
JD Energy, Inc. 
HIGH CASE 

March 2008 

QUARTERLY SPOT PRICES - NOMINAL DOLLARS PER TON 
HIGH CASE 

Year: 2008 
Quarter: Q1 Q2 Q3 

Northern Appalachia 
-1.6 %, 13000 BTU $79.50 $101.35 $109.65 
-1.8 %, 13000 BTU $78.19 $99.60 $107.45 
-2 .3%, 13000 BTU $76.22 $96.98 $104.16 

Central Appalachia 
-.7%, 12500 BTU $85.30 $107.(j0 $109.55 
-.7% , 13000 BTU $90.90 $114.64 $116.77 
-1.0%, 12500 BTU $81.92 $102.96 $105.00 
-1.5%, 12500 BTU $72.31 $80.95 $76.75 

Ohio 
-4%, 12500 BTU $70.80 $89.83 $95.29 

Illinois Basin 
-3%, 11000 BTU (ll) $35.40 $44.00 $47.40 
-3%, 11000 BTU (KY) $37.49 $46.21 $49.67 

Powder River Basin 
-.33 % , 8400 BTU $13.20 $15.50 $16.10 
- .35% , 8800 BTU $14.85 $17.07 $17.58 

Uinta Basin 
- .5%, 11500 BTU $44.10 $48.54 $51.15 

Foreign Coal 
- .7% , 12000 BTU $119.59 $131.88 $142.88 
- .8%, 11600 BTU $111.56 $123.02 $133.22 

Petroleum Coke 
-6%/30 HGI, 14000 BTU $59.43 $75.05 $81.92 

2009 
Q4 Q1 

$112.15 $115.60 
$109.30 $112.43 
$105.03 $107.67 

$11. 20 $109.82 
$11.94 $117.05 
$10.75 $104.75 

$7.32 $73.33 

$94.92 $96.93 

$48.20 $49.00 
$50.86 $51.78 

$16.35 $16.50 
$17.97 $17.82 

$52.00 $52.00 

$150.66 $153.17 
$140.49 $142.85 

$96.80 $108.30 

Q2 Q3 Q4 

I 
$109.75 $103.70 ::~:~~ $106.51 $100.95 
$101.65 $96.82 $89. r 

$106.54 $102.59 $100.87 
$113.54 $109.37 $107.~1 
$100.81 $96.60 $94.31 

$72.38 $71.24 $71.h 

I 
$91.77 $87.58 $80.89 

I 
$48.70 $46.00 $44.~5 
$51.52 $48.48 $46. r 

$16.50 $16.35 $16.00 
$17.92 $17.68 

::::!: $51.35 $50.15 

$135.t $150.04 $141.48 
$139.96 $132.02 $126.39 

$107.55 $105.91 $104.02 

2010 
Q1 Q2 

$86.50 $78.55 
$84.65 $76.71 
$81.87 $73.94 

$96.25 $92.58 
$102.61 $98.68 

$89.42 $85.39 
$69.48 $67.36 

$74.26 $67.01 

$43.00 $41.35 
$45.46 $43.72 

$15.00 $14.00 
$16.50 $15.55 

$48.50 $48.00 

$127.86 $112.61 
$119.41 $105.21 

$100.77 $95.13 
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Q3 Q4 

$72.90 $70.10 
$71.49 $68.78 
$69.38 $66.81 

$85.60 $79.44 
$91.27 $84.69 
$78.57 $72.34 
$63.12 $59.51 

$62.93 $60.55 

$40.50 $39.60 
$42.60 $41.59 

$13.20 $12.00 
$14.80 $13.65 

$47.00 $46.00 

$100.94 $93.01 
$94.36 $86.98 

$84.03 $79.68 



QCF (QUARTERLY 
COAL FORECST)- 200803 
JD Energy, Inc. 
HIGH CASE 

March 2008 

ANNUAL AVERAGE SPOT Pf 
HIGH CASE 

Year: 
Northern Appalachia 
-1.6%, 13000 BTU 
-1.8%, 13000 BTU 
-2 .3%, 13000 BTU 

Central Appalachia 
- .7%, 12500 BTU 
- .7%, 13000 BTU 
-1.0% , 12500 BTU 
-1.5%, 12500 BTU 

Ohio 
-4%, 12500 BTU 

Illinois Basin 
-3%, 11000 BTU (IL) 
-3%, 11000 BTU (KY) 

Powder River Basin 
-.33%, 8400 BTU 
-.35%, 8800 BTU 

Uinta Basin 
-.5%, 11500 BTU 

Foreign Coal 
-. 7%, 12000 BTU 
-.8%, 11600 BTU 

Petroleum Coke 
-6%/30 HGI, 14000 BTU 

2020 2021 2022 

$68.03 $68.88 $69.69 
$67.45 $68.28 $69.09 
$66.57 $67.38 $68.18 

$82.55 $84.44 $86.39 
$88.12 $90.14 $92.24 
$61.08 $62.20 $63.41 
$60.38 $61.51 $62.74 

$57.53 $60.27 $61.38 

$45.82 $46.80 $47.77 
$48.79 $49.87 $50.95 

$14.56 $15.34 $16.22 
$18.30 $19.30 $20.41 

$39.42 $41.10 $42.85 

$74.94 $76.02 $77.14 
$71.38 $72.46 $73.55 

$55.53 $56.29 $57.06 

2023 2024 2025 2026 2027 

$70.53 $71.37 $72.25 $73.14 $74.04 
$69.91 $70.75 $71.62 $72.50 $73.39 
$68.99 $69.82 $70.67 $71.55 $72.43 

$88.40 $90.45 $92.57 $94.32 $96.09 
$94.38 $96.59 $98.86 $100.74 $102.64 
$64.59 $65.83 $67.07 $67.98 $68.91 
$63.92 $65.17 $66.43 $67.34 $68.28 

$62.57 $63.85 $65.14 $66.32 $67.50 

$48.75 $49.68 $50.66 $51.76 $52.89 
$52.04 $53.09 $54.19 $55.41 $56.67 

$16.93 $17.61 $18.36 $19.04 $19.80 
$21.35 $22.28 $23.32 $24.28 $25.34 

$44.70 $46.63 $48.67 $50.80 $53.02 

$78.28 $79.46 $80.67 $81.94 $83.24 
$74.66 $75.80 $76.98 $78.20 $79.43 

$57.87 $58.71 $59.59 $60.51 $61.46 

2028 

$74.92 
$74.27 
$73.29 

$97.87 
$104.55 

$69.81 
$69.20 

$68.66 

$54.02 
$57.92 

$20.62 
$26.47 

$55.31 

$84.53 
$80.67 

$62.43 
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2029 2030 

$75.81 $76.71 
$75.15 $76.04 
$74.16 $75.04 

$99.66 $101.49 
$106.47 $108.44 

$70.75 $71.77 
$70.14 $71.17 

$69.86 $71.08 

$55.14 $56.32 
$59.17 $60.49 

$21.38 $22.34 
$27.56 $28.91 

$57.71 $60.25 

$85.85 $87.19 
$81.92 $83.20 

$63.42 $64.42 



QCF (QUARTERLY 
COAL FORECST)- 200803 
JD Energy, Inc. 
HIGH CASE 

March 2008 

ANNUAL AVERAGE SPOT Pf 
HIGH CASE 

Year: 
Northern Appalachia 
-1.6%, 13000 BTU 
-1.8%, 13000 BTU 
-2.3 %, 13000 BTU 

Central Appalachia 
- .7%, 12500 BTU 
-.7%, 13000 BTU 
-1.0%, 12500 BTU 
-1.5%, 12500 BTU 

Ohio 
-4%, 12500 BTU 

Illinois Basin 
-3%, 11000 BTU (IL) 
-3%, 11000 BTU (KY) 

Powder River Basin 
-.33%, 8400 BTU 
-.35%, 8800 BTU 

Uinta Basin 
-.5%, 11500 BTU 

Foreign Coal: Colombia 
- .7%, 12000 BTU 
-.8%, 11600 BTU 

Petroleum Coke 
-6%/30 HGI, 14000 BTU 

2020 2021 2022 

$53.27 $52.95 $52.61 
$52.81 $52.48 $52.15 
$52.13 $51.79 $51.46 

$64.64 $64.91 $65.21 
$69.00 $69.29 $69.62 
$47.82 $47.81 $47.86 
$47.28 $47.29 $47.36 

$45.05 $46.33 $46.33 

$35.88 $35.97 $36.06 
$38.20 $38.33 $38.46 

$11.40 $11.79 $12.25 
$14.33 $14.84 $15.40 

$30.87 $31.59 $32.34 

$58.68 $58.43 $58.23 
$55.89 $55.70 $55.51 

$43.48 $43.27 $43.07 

2023 2024 2025 2026 

$52.27 $51.94 $51.60 $51.¥ 7 
$51.81 $51.48 $51.15 $50.~3 
$51.13 $50.81 $50.48 

::::t: $65.51 $65.82 $66.12 
$69.95 $70.28 $70.61 $70.62 
$47.87 $47.90 $47.91 $47.~5 
$47.38 $47.42 $47.45 $47.21 

I 
$46.38 $46.46 $46.53 $46.r 

$36.13 $36.15 $36.18 $36.¥9 
$38.57 $38.63 $38.70 $38.r 

$12.54 $12.81 $13.12 $13.~5 
$15.82 $ 16.22 $16.65 $17.r 

$33.13 $33.93 $34.76 $35.r 

$58.02 $57.82 $57.62 $57.1'5 
$55.33 $55.16 $54.99 $54.82 

$42.L $42.89 $42.72 $42.56 

2027 2028 

$50.94 $50.62 
$50.50 $50.18 
$49.84 $49.52 

$66.12 $66.12 
$70.63 $70.63 
$47.42 $47.17 
$46.99 $46.75 

$46.44 $46.39 

$36.39 $36.49 
$38.99 $39.13 

$13.63 $13.93 
$17.43 $17.89 

$36.48 $37.37 

$57.28 $57.11 
$54.66 $54.50 

$42.29 $42.18 
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2029 2030 

$50.29 $49.97 
$49.86 $49.54 
$49.20 $48.89 

$66. 12 $66.12 
$70.64 $70.65 
$46.94 $46.76 
$46.54 $46.36 

$46.35 $46.31 

$36.58 $36.69 
$39.26 $39.41 

$14.18 $14.55 
$18.29 $18.83 

$38.28 $39.25 

$56.95 $56.80 
$54.35 $54.20 

$42.08 $41.96 
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QCF (QUARTERLY 
COAL FORECST)- 200803 
JD Energy, Inc. 
LOW CASE 

March 2008 

ANNUAL AVERAGE SPOT PRICES- NOMINAL DOLLARS PER TC 
ANNUAL AVERAGE SPOT PRICES- REAL 2007 DOLLARS PER 1 
QUAI!IERL s 0 RICES - NOMINAL DOLLARS PER TON 

ANNUAL AVERAGE SPOT PRICES- NOMINAL DOLLARS PER TON 
LOW CASE 

2009 2016 2017 2019 
Northern Appalachia 
-1.6%, 13000 BTU $46.61 $59.64 $38.26 $28.06 $27.35 $27.21 $26.90 $26.50 $26.29 $26.12 $25.97 $27.08 $26.85 
-1.8%, 13000 BTU $45.85 $58.49 $37.23 $27.47 $26.82 $26.73 $26.47 $26.17 $25.98 $25.83 $25.69 $26.80 $26.60 
-2 .3%, 13000 BTU $44.71 $56.76 $35.69 $26.60 $26.04 $26.02 $25.84 $25.68 $25.52 $25.39 $25.26 $26.39 $26.21 

Central Appalachia 
-.7%, 12500 BTU $46.46 $61.48 $45.93 $42.86 $39.58 $39.23 $39.75 $40.31 $40.77 $41.30 $41.88 $42.50 $43.13 
- .7%, 13000 BTU $49.50 $65.52 $48.95 $45.71 $42.28 $41.88 $42.43 $43.02 $43.52 $44.09 $44.70 $45.37 $46.03 
-l.QOJo, 12500 BTU $44.33 $58.94 $43.37 $39.43 $33.43 $31.79 $30.44 $30.49 $30.69 $31.02 $31.38 $31.73 $32.01 
-1.5%, 12500 BTU $40.72 $45.40 $31.57 $31.46 $30.29 $29.47 $29.38 $29.69 $30.13 $30.58 $30.96 $31.31 $31.63 

Ohio 
-4%, 12500 BTU $39.19 $52.22 $32.24 $24.12 $22.56 $21.35 $20.65 $20.60 $20.57 $20.63 $20.69 $21.77 $21.77 

Illinois Basin 
-3 %, 11000 BTU (IL) $27.01 $28.94 $26.46 $26.50 $26.88 $26.72 $26.57 $26.40 $26.34 $26.33 $26.34 $26.35 $26.36 
-3%, 11000 BTU (KY) $28.91 $30.48 $27.94 $27.94 $28.36 $28.20 $28.07 $27.93 $27.90 $27.92 $27.96 $27.99 $28.04 

Powder River Basin 
- .33%, 8400 BTU $8.36 $10.21 $8.83 $8.71 $9.02 $8.65 $8.36 $8.11 $8.01 $7.96 $8.00 $8.05 $8.10 
-.35%, 8800 BTU $9.85 $11.79 $10.21 $10.29 $10.68 $10.39 $10.19 $10.01 $9.95 $9.94 $9.98 $10.04 $10.13 

Uinta Basin 
-.5%, 11500 BTU $29.93 $29.25 $23.59 $21.23 $20.72 $20.86 $20.61 $20.41 $20.23 $20.07 $19.91 $19.74 $19.60 

Foreign Coal 
-. 7%, 12000 BTU $62.03 $82.97 $39.13 $33.57 $32.58 $32.87 $33.13 $33.43 $33.70 $33.97 $34.31 $34.65 $34.95 
- .8%, 11600 BTU $57.85 $77.39 $36.50 $31.38 $30.51 $30.87 $31.19 $31.53 $31.88 $32.23 $32.56 $32.90 $33.23 

Petroleum Coke 
-6%/30 HGI, 14000 BTU $44.90 $46.38 $28.66 $27.88 $25.00 $24.56 $24.64 $24.84 $25.06 $25.27 $25.48 $25.69 $25.90 



QCF (QUARTERLY 
COAL FORECST)- 200803 

ANNUAL AVERAGE SPOT PRICES -REAL 2007 DOLLARS PER TON 
LOW CASE 

Year: 20Ql 2010 2011 
Northern Appalachia 
-1.6%, 13000 BTU $46.61 $58.67 $37.01 $26.63 $25.43 
-1.8%, 13000 BTU $45.85 $57.54 $36.01 $26.07 $24.95 
-2.3%, 13000 BTU $44.71 $55.84 $34.52 $25.24 $24.22 

Central Appalachia 
-.7%, 12500 BTU $46.46 $60.49 $44.42 $40.67 $36.81 
- .7% , 13000 BTU $49.50 $64.46 $47.35 $43.37 $39.32 
-1.0% , 12500 BTU $44.33 $57.99 $41.95 $37.41 $31.09 
-1.5%, 12500 BTU $40.72 $44.66 $30.54 $29.85 $28.17 

Ohio 
-4% , 12500 BTU $39.19 $51.38 $31. 18 $22.88 $20.98 

Illinois Basin 
-3%, 11000 BTU (IL) $27.01 $28.47 $25.60 $25.14 $25.00 
-3%, 11000 BTU (KY) $28.91 $29.98 $27.02 $26.50 $26.38 

Powder River Basin 
- .33% , 8400 BTU $8.36 $10.05 $8.54 $8.27 $8.39 
-.35%, 8800 BTU $9.85 $11.60 $9.87 $9.76 $9.93 

Uinta Basin 
- .5%, 11500 BTU $29.93 $28.78 $22.82 $20.14 $19.27 

Foreign Coal: Colombia 
-.7%, 12000 BTU $62.03 $81.63 $37.84 $31.85 $30.31 
-.8%, 11600 BTU $57.85 $76.13 $35.31 $29.77 $28.38 

Petroleum Coke 
-6%/30 HGI, 14000 BTU $44.90 $ 45.63 $27.72 $26.45 $23.25 

1 

2013 2014 2015 

$24.81 $24.07 $23.26 $22.63 
$24.38 $23.69 $22.98 $22.37 
$23.73 $23.13 $22.55 $21.97 

$35.77 $35.57 $35.38 $35.10 
$38.19 $37.97 $37.77 $37.47 
$28.99 $27.24 $26.77 $26.42 
$26.87 $26.29 $26.06 $25.95 

$19.47 $18.48 $18.09 $17.71 

$24.37 $23.77 $23.18 $22.68 
$25.71 $25.12 $24.52 $24.02 

$7.89 $7.48 $7.12 $6.90 
$9.47 $9.12 $8.78 $8.57 

$19.02 $18.44 $17.92 $17.41 

$29.98 $29.65 $29.35 $29.02 
$28.15 $27.92 $27.68 $27.45 

$22.39 $22.05 $21.81 $21.57 

2016 

$22.06 
$21.81 
$21.45 

$34.88 
$37.24 
$26.20 
$25.83 

$17.42 

$22.24 
$23.58 

$6.72 
$8.40 

$16.95 

$28.69 
$27.22 

$21.34 
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2011 

$21.52 $22.01 $21.42 
$21.29 $21.79 $21.22 
$20.94 $21.45 $20.92 

$34.71 $34.55 $34.41 
$37.05 $36.88 $36.73 
$26.01 $25.79 $25.54 
$25.65 $25.45 $25.23 

$17.14 $17.69 $17.37 

$21.83 $21.42 $21.03 
$23.17 $22.76 $22.37 

$6.63 $6.54 $6.46 
$8.27 $8.16 $8.08 

$16.50 $16.05 $15.64 

$28.43 $28.17 $27.89 
$26.98 $26.75 $26.51 

$21. 11 $20.89 $20.66 



QCF (QUARTERLY 
COAL FORECST)- 200803 
JD Energy, Inc. 
LOW CASE 

March 2008 

QUARTERLY SPOT PRICES - NOMINAL DOLLARS PER TON 

2009 
9 2 Q3 ~ Q1 

Northern Appalachia 
-1.6%, 13000 BTU $71.34 $65.16 $54.32 $47.73 $42.73 
-1.8%, 13000 BTU $70.17 $64.04 $53. 23 $46.52 $41.56 
-2 .3%, 13000 BTU $68.40 $62.35 $51.60 $44.70 $39.80 

Central Appalachia 
- .7%, 12500 BTU $71.15 $63.22 $57.46 $54.10 $48.35 
- .7% , 13000 BTU $75.82 $67.36 $61.24 $57.65 $51.53 
-1.0%, 12500 BTU $68.33 $60.50 $55.07 $51.92 $46.12 
-1.5%, 12500 BTU $60.31 $47.56 $40.26 $35.33 $32.29 

Ohio 
-4%, 12500 BTU $63.54 $ 57.76 $47.21 $40.40 $35.83 

Illinois Basin 
-3 %, 11000 BTU {ll) $31.10 $ 29.65 $28.15 $26.85 $26.50 
-3%, 11000 BTU (KY) $32.93 $31.14 $29.50 $28.33 $28.00 

Powder River Basin 
-.33 %, 8400 BTU $11.35 $10.90 $9.40 $9.20 $9.20 
- .35%, 8800 BTU $13.00 $12.47 $10.88 $10.82 $10.52 

Uinta Basin 
- .5%, 11500 BTU $33.25 $31.10 $27.40 $25.25 $24.70 

Foreign Coal 
- .7%, 12000 BTU $108.53 $92.65 $73.93 $56.78 $46.73 
- .8%, 11600 BTU $101.24 $86.43 $68.94 $52.94 $43.58 

Petroleum Coke 
-6%/30 HGI, 14000 BTU $53.93 $52.72 $42.39 $36.48 $33.04 

2010 
9_2 Q3 Q4 Q1 

$40.60 $36.63 $33.08 $30.64 
$39.40 $35.66 $32.31 $29.98 
$37.60 $34.20 $31.15 $29.00 

$46.20 $45.00 $44.15 $43.50 
$49.23 $47.97 $47.06 $46.37 
$43.72 $42.37 $41.28 $40.41 
$31.39 $31.25 $31.39 $31.40 

$33.95 $30.94 $28. 23 $26.31 

$26.40 $26.60 $26.35 $26.50 
$27.93 $28.03 $27.79 $28.02 

$9.10 $8.60 $8.40 $8.50 
$10.52 $9.93 $9.87 $10.00 

$24.00 $23.20 $22.45 $21.70 

$39.35 $36.28 $34.14 $33.73 
$36.70 $33.85 $31.87 $31.51 

$28.21 $27.16 $26.23 $26.59 

Q2 

$29. 11 
$28.42 
$27.40 

$43.00 
$45.83 
$39.66 
$31.29 

$24.83 

$26.40 
$27.91 

$8.40 
$9.95 

$21.15 

$33.50 
$31.30 

$28.30 
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Q3 

$26.85 $25.65 
$26.33 $25.17 
$25.55 $24.45 

$42.75 $42.20 
$45.58 $44.99 
$39.24 $38.43 
$31.52 $31.61 

$23.18 $22.16 

$26.60 $26.50 
$27.98 $27.83 

$9.00 $8.95 
$10.60 $10.60 

$21. 20 $20.85 

$33.65 $33.41 
$31.45 $31.25 

$28.01 $28.62 



QCF (QUARTERLY 
COAL FORECST)- 200803 
JD Energy, Inc. 
LOW CASE 

ANNUAL AVERAGE SPOT Pt 
LOW CASE 

Year: 2020 2021 2022 
Northern Appalachia 
-1.6%, 13000 BTU $26.62 $26.44 $26.25 $26.06 
-1.8%, 13000 BTU $26.39 $26.21 $26.02 $25.83 
-2 .3%, 13000 BTU $26.05 $25.87 $25.68 $25.49 

Centra/ Appalachia 
-.7%, 12500 BTU $43.75 $44.35 $44.96 $45.58 
- .7%, 13000 BTU $46.70 $47.34 $48.00 $48.67 
-1.0%, 12500 BTU $32.37 $32.67 $33.00 $33.30 
-1.5%, 12500 BTU $32.00 $32.31 $32.65 $32.96 

Ohio 
-4%, 12500 BTU $21.83 $22.44 $22.42 $22.43 

Illinois Basin 
-3%, 11000 BTU (IL) $26.34 $26.39 $26.42 $26.44 
-3%, 11000 BTU (KY) $28.05 $28.12 $28.17 $28.23 

Powder River Basin 
-.33%, 8400 BTU $8.16 $8.30 $8.43 $8.43 
-.35% , 8800 BTU $10.26 $10.44 $10.60 $10.64 

Uinta Basin 
- .5%, 11500 BTU $19.49 $19.37 $19.25 $19.14 

Foreign Coat 
- . 7%, 12000 BTU $35.23 $35.54 $35.86 $36.17 
- .8%, 11600 BTU $33.56 $33.88 $34.19 $34.50 

Petroleum Coke 
-6%/30 HGI, 14000 BTU $26.11 $26.32 $26.52 $26.74 

2027 

$25.87 $25.69 $25.52 $25.34 
$25.65 $25.47 $25.30 $25.12 
$25.31 $25.14 $24.96 $24.79 

$46.22 $46.87 $47.75 $48.65 
$49.35 $50.05 $51.00 $51.96 
$33.64 $33.96 $34.42 $34.89 
$33.30 $33.63 $34.09 $34.57 

$22.45 $22.47 $22.45 $22.41 

$26.43 $26.43 $26.49 $26.55 
$28.24 $28.27 $28.36 $28.45 

$8.43 $8.44 $8.44 $8.45 
$10.67 $10.72 $10.76 $10.81 

$19.04 $18.95 $18.87 $18.78 

$36.49 $36.81 $37.15 $37.48 
$34.81 $35.13 $35.45 $35.77 

$26.96 $27.19 $27.43 $27.68 

2028 

$25.16 
$24.94 
$24.61 

$49.55 
$52.93 
$35.34 
$35.03 

$22.37 

$26.60 
$28.52 

$8.45 
$10.85 

$18.69 

$37.81 
$36.08 

$27.92 
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2029 2030 

$24.98 $24.80 
$24.76 $24.58 
$24.43 $24.26 

$50.46 $51.38 
$53.91 $54.90 
$35.82 $36.33 
$35.51 $36.03 

$22.33 $22.29 

$26.63 $26.68 
$28.58 $28.65 

$8.45 $8.47 
$10.90 $10.96 

$18.61 $18.54 

$38.12 $38.44 
$36.38 $36.68 

$28.17 $28.40 



QCF (QUARTERLY 
COAL FORECST)- 200803 
JD Energy, Inc. 
LOW CASE 

March 2008 

ANNUAL AVERAGE SPOT P1 

Year: 
Northern Appalachia 
-1.6%, 13000 BTU 
-1.8%, 13000 BTU 
-2 .3%, 13000 BTU 

Central Appalachia 
- .7%, 12500 BTU 
-.7%, 13000 BTU 
- 1.0°/o, 12500 BTU 
-1.5%, 12500 BTU 

Ohio 
-4%, 12500 BTU 

Illinois Basin 
-3%, 11000 BTU (IL) 
-3%, 11000 BTU (KY) 

Powder River Basin 
-.33%, 8400 BTU 
- .35%, 8800 BTU 

Uinta Basin 
-.5%, 11500 BTU 

Foreign Coal: Colombia 
- .7%, 12000 BTU 
-.8%, 11600 BTU 

Petroleum Coke 
-6%/30 HGI, 14000 BTU 

$20.84 $20.33 $19.81 
$20.66 $20.15 $19.64 
$20.39 $19.88 $19.38 

$34.26 $34.09 $33.93 
$36.57 $36.39 $36.23 
$25.34 $25.11 $24.91 
$25.06 $24.84 $24.64 

$17.10 $17.25 $16.93 

$20.63 $20.28 $19.94 
$21.96 $21.61 $21.27 

$6.39 $6.38 $6.36 
$8.03 $8.03 $8.00 

$15.26 $ 14.89 $14.53 

$27.59 $27.32 $27.07 
$26.28 $26.04 $25.80 

$20.44 $20.23 $20.02 

2027 

$19.31 $18.83 $18.35 $17.89 $17.44 
$19.15 $18.66 $18.19 $17.73 $17.29 
$18.89 $18.42 $17.95 $17.50 $17.06 

$33.78 $33.63 $33.48 $33.48 $33.48 
$36.07 $35.91 $35.75 $35.75 $35.76 
$24.68 $24.47 $24. 26 $24.13 $24.01 
$24.43 $24.23 $24.02 $23.90 $23.79 

$16.62 $ 16.34 $16.05 $15.74 $15.42 

$19.60 $19.23 $18.88 $18.57 $18.27 
$20.92 $20.55 $20. 20 $19.88 $19.57 

$6.25 $6.14 $6.03 $5.92 $5.81 
$7.88 $7.76 $7.66 $7.54 $7.44 

$14.19 $13.85 $13.54 $13.23 $12.92 

$26.81 $26.55 $26.29 $26.04 $25.79 
$25.57 $25.33 $25.09 $24.85 $24.61 

$19.82 $19.62 $19.42 $19.23 $19.05 

$17.00 
$16.85 
$16.63 

$33.48 
$35.76 
$23.88 
$23.67 

$15.11 

$17.97 
$19.27 

$5.71 
$7.33 

$12.63 

$25.54 
$24.38 

$18.86 
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$16.57 $16.15 
$16.43 $16.01 
$16.21 $15.80 

$33.48 $33.48 
$35.76 $35.77 
$23.76 $23.67 
$23.56 $23.47 

$14.81 $14.52 

$17.67 $17.38 
$18.96 $18.67 

$5.61 $5.52 
$7.23 $7.14 

$12.35 $12.08 

$25.29 $25.04 
$24.14 $23.90 

$18.69 $18.50 



QCF (QUARTERLY 
COAL FORECST)- 200803 
JD Energy, Inc. 
BUSINESS-AS-USUAl CASE 

March 2008 

t.e1l 
ANNUAL AVERAGE SPOT PRICES- NOMINAL DOLLARS PER TC A14 
ANNUAL AVERAGE SPOT PRI CES - REAL 2007 DOLLARS PER 1 A67 

ANNUAL AVERAGE SPOT PRICES- NOMINAL DOLLARS PER TON 
SE 

Year: 
Northern Appalachia 
-1.6 %, 13000 BTU $46.61 $78.93 $50.48 $41.14 $37.42 $37.73 
-1.8 %, 13000 BTU $45.85 $77.37 $49.13 $40.29 $36.70 $37.11 
-2.3%, 13000 BTU $44.71 $75.05 $47.10 $39.00 $35.63 $36.17 

Central Appalachia 
- . 7%, 12500 BTU $46.46 $80.24 $57.87 $54.38 $53.33 $54.89 
- .7%, 13000 BTU $49.50 $85.51 $61.68 $57.99 $56.97 $58.60 
-1.0%, 12500 BTU $44.33 $76.93 $54.65 $50.03 $46.04 $44.76 
-1.5%, 12500 BTU $40.72 $59.21 $39.79 $39.91 $40.82 $41.23 

Ohio 
-4%, 12500 BTU $39.19 $69.01 $42.54 $35.36 $32.34 $32.85 

Illinois Basin 
-3 %, 11000 BTU (JL) $27.01 $35.91 $32.47 $33.37 $35.44 $35.53 
-3%, 11000 BTU (KY) $28.91 $37.81 $34.28 $35.18 $37.15 $37.22 

Powder River Basin 
- .33%, 8400 BTU $8.36 $12.91 $10.88 $10.08 $9.98 $10.07 
-.35%, 8800 BTU $9.85 $15.56 $12.30 $11.49 $11.85 $12.08 

Uinta Basin 
-.5% , 11500 BTU $29.93 $38.15 $28.99 $25.54 $24.86 $24.00 

Foreign Coal 
- . 7%, 12000 BTU $62.03 $105.40 $65.52 $56.25 $52.13 $49.89 
-.8% , 11600 BTU $57.85 $98.30 $61.13 $52.57 $48.81 $46.84 

Petroleum Coke 
-6%/30 HGI, 14000 BTU $44.90 $59.59 $48.09 $46.66 $39.99 $37.26 

14 2015 

$37.85 $37.96 $38.34 
$37.30 $37.54 $37.93 
$36.49 $36.89 $37.32 

$56.50 $57.62 $58.45 
$60.32 $61.50 $62.39 
$44.18 $44.05 $43.98 
$41.77 $42.44 $43.20 

$33.14 $33.53 $33.93 

$35.73 $36.05 $36.39 
$37.43 $37.77 $38.13 

$10.06 $10.06 $10.11 
$12.22 $12.33 $12.48 

$24.26 $24.59 $24.93 

$49.93 $50.47 $51.00 
$47.02 $47.62 $48.25 

$37.14 $37.52 $37.92 

2011 

$38.78 
$38.39 
$37.80 

$59.48 
$63.50 
$44.65 
$44.04 

$34.39 

$36.77 
$38.52 

$10.20 
$12.67 

$25.31 

$51.55 
$48.91 

$38.35 
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2017 2011 20U 

$39.25 $39.67 $40.09 
$38.86 $39.30 $39.74 
$38.27 $38.74 $39.21 

$60.69 $62.06 $63.50 
$64.78 $66.25 $67.78 
$45.46 $46.32 $47. 12 
$44.86 $45.71 $46.57 

$34.83 $35.27 $35.72 

$37.13 $37.51 $37.90 
$38.89 $39.28 $39.68 

$10.40 $10.59 $10.76 
$12.91 $13.15 $13.41 

$25.68 $26.05 $26.43 

$52.23 $52.93 $53.60 
$49.57 $50.27 $50.96 

$38.78 $39.25 $39.72 



QCF (QUARTERLY 
COAL FORECST)- 200803 

ANNUAL AVERAGE SPOT PRICES- REAL 2007 DOLLARS PER TON 
BUSINESS'AS-USUAL CASE 

Year: 2001 2001 2009 2010 2011 
Northern Appalachia 
-1.6%, 13000 BTU $46.61 $77.65 $48.83 $39.03 $34.80 
-1.8%, 13000 BTU $45.85 $76.12 $47.52 $38.22 $34.14 
-2 .3%, 13000 BTU $44.71 $73.83 $45.55 $37.01 $33.14 

Central Appalachia 
-.7%, 12500 BTU $46.46 $78.94 $55.98 $51.60 $49.60 
- .7%, 13000 BTU $49.50 $84.12 $59.66 $55.02 $52.99 
-1.0%, 12500 BTU $44.33 $75.68 $52.86 $47.47 $42.82 
-1.5%, 12500 BTU $40.72 $58.25 $38.48 $37.87 $37.97 

Ohio 
-4%, 12500 BTU $39.19 $67.89 $41.15 $33.55 $30.07 

Illinois Basin 
-3%, 11000 BTU (IL) $27.01 $35.33 $31.40 $31.66 $32.96 
-3%, 11000 BTU (KY) $28.91 $37.20 $33.15 $33.38 $34.55 

Powder River Basin 
-.33%, 8400 BTU $8.36 $12.70 $10.53 $9.56 $9.28 
-.35%, 8800 BTU $9.85 $15.31 $11.89 $10.90 $11.02 

Uinta Basin 
- .5%, 11500 BTU $29.93 $37.54 $28.04 $24.23 $23.12 

Foreign Coal: Colombia 
- .7%, 12000 BTU $62.03 $103.69 $63.38 $53.37 $48.48 
- .8%, 11600 BTU $57.85 $96.71 $59.13 $49.88 $45.39 

Petroleum Coke 
-6%/30 HGI, 14000 BTU $44.90 $58.62 $46.51 $44. 27 $37.19 

2012 201l 2014 2015 

$34.41 $33.87 $33.33 $33.01 
$33.84 $33.38 $32.95 $32.66 
$32.99 $32.65 $32.39 $32.13 

$50.05 $50.57 $50.58 $50.33 
$53.44 $53.98 $53.99 $53.72 
$40.82 $39.54 $38.67 $37.87 
$37.60 $37.38 $37.25 $37.20 

$29.95 $29.66 $29.44 $29.22 

$32.40 $31.97 $31.65 $31.34 
$33.94 $33.50 $33.16 $32.83 

$9.18 $9.00 $8.83 $8.70 
$11.01 $10.94 $10.83 $10.74 

$21.89 $21.71 $21.59 $21.47 

$45.49 $44.69 $44.31 $43.92 
$42.71 $42.08 $41.80 $41.55 

$33.98 $33.24 $32.93 $32.65 

2018 

$32.75 
$32.42 
$31.92 

$50.24 
$53.63 
$37.71 
$37.19 

$29.04 

$31.05 
$32.53 

$8.61 
$10.70 

$21.38 

$43.54 
$41.31 

$32.39 
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2011 2018 2019 

$32.52 $32.25 $31.99 
$32.20 $31.95 $31.71 
$31.71 $31.49 $31.29 

$50.29 $50.45 $50.66 
$53.69 $53.86 $54.08 
$37.67 $37.65 $37.60 
$37.17 $37.16 $37.16 

$28.86 $28.68 $28.50 

$30.77 $30.49 $30.24 
$32.23 $31.93 $31.66 

$8.62 $8.61 $8.59 
$10.70 $10.69 $10.70 

$21.28 $21.17 $21.09 

$43.28 $43.03 $42.77 
$41.08 $40.87 $40.66 

$32.14 $31.91 $31.69 



QCF (QUARTERLY 
COAL FORECST)- 200803 

ANNUAL AVERAGE SPOT P. 
BUSINESS'AS-USUAL: CASE 

Year: Z020 2021 2022 2023 
Northern Appalachia 
·1.6%, 13000 BTU $40.55 $41.14 $41.66 $42.20 
·1.8%, 13000 BTU $40.23 $40.78 $41.30 $41.84 
·2.3%, 13000 BTU $39.74 $40.24 $40.75 $41.29 

Central Appalachia 
· .7%, 12500 BTU $64.96 $66.46 $67.96 $69.60 
- .7%, 13000 BTU $69.34 $70.95 $72.56 $74.32 
-1.0%, 12500 BTU $48.05 $48.95 $49.89 $50.86 
-1.5%, 12500 BTU $47.51 $48.41 $49.36 $50.33 

Ohio 
-4%, 12500 BTU $36.22 $36.70 $37.18 $37.68 

Illinois Basin 
-3%, 11000 BTU (IL) $38.32 $38.74 $39.16 $39.59 
-3%, 11000 BTU (KY) $40.12 $40.55 $40.98 $41.42 

Powder River Basin 
-.33%, 8400 BTU $10.97 $11.11 $11.25 $11.39 
- .35% , 8800 BTU $13.74 $13.99 $14.22 $14.45 

Uinta Basin 
- .5%, 11500 BTU $26.85 $27.26 $27.67 $28.10 

Foreign Coat 
-.7%, 12000 BTU $54.27 $55.01 $55.80 $56.62 
-.8%, 11600 BTU $51.69 $52.44 $53.20 $54.00 

Petroleum Coke 
-6%/30 HGI, 14000 BTU $40.21 $40.73 $41.28 $41.86 

2024 2025 2028 202 

$42.75 $43.32 $43.89 $44.46 
$42.38 $42.94 $43.51 $44.07 
$41.82 $42.38 $42.93 $43.49 

$71.22 $72.95 $74.75 $76.56 
$76.05 $77.90 $79.83 $81.77 
$51.84 $52.86 $53.88 $54.91 
$51.32 $52.34 $53.36 $54.40 

$38.19 $38.72 $39.24 $39.77 

$40.02 $40.47 $40.92 $41.37 
$41.87 $42.33 $42.79 $43.25 

$11.51 $11.65 $11.75 $11.87 
$14.67 $14.91 $15.12 $15.35 

$28.53 $28.98 $29.43 $29.88 

$57.49 $58.40 $59.38 $60.40 
$54.84 $55.73 $56.67 $57.64 

$42.48 $43.14 $43.85 $44.60 

2021 

$45.02 
$44.63 
$44.04 

$78.41 
$83.76 
$55.94 
$55.44 

$40.29 

$41.81 
$43.70 

$11.99 
$15.58 

$30.33 

$61.44 
$58.63 

$45.37 
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2029 2030 

$45.58 $46.17 
$45.18 $45.77 
$44.58 $45.17 

$80.25 $82.15 
$85.74 $87.77 
$56.98 $58.10 
$56.48 $57.60 

$40.81 $41.37 

$42.24 $42.71 
$44.14 $44.62 

$12.09 $12.24 
$15.80 $16.06 

$30.78 $31.26 

$62.52 $63.57 
$59.66 $60.67 

$46.19 $46.97 



QCF (QUARTERLY 
COAL FORECST)- 200803 

ANNUAL AVERAGE SPOT P. 
BUSINESS-AS-USUAL CASE 

Year: 2020 
Northern Appalachia 
-1.5%, 13000 BTU $31.75 $31.62 $31.44 
-1.8%, 13000 BTU $31.50 $31.35 $31.17 
-2 .3%, 13000 BTU $31.12 $30.94 $30.76 

Central Appalachia 
- .7%, 12500 BTU $50.87 $51.09 $51.30 
-.7%, 13000 BTU $54.30 $54.54 $54.77 
-1.0°/o, 12500 BTU $37.62 $37.63 $37.66 
-1.5 %, 12500 BTU $37.20 $37.22 $37.26 

Ohio 
-4%, 12500 BTU $28.36 $28.21 $28.06 

Illinois Basin 
-3%, 11000 BTU (IL) $30.01 $29.78 $29.56 
-3%, 11000 BTU (KY) $31.42 $31.17 $30.93 

Powder River Basin 
- .33%, 8400 BTU $8.59 $8.54 $8.49 
-.35%, 8 800 BTU $10.76 $10.75 $10.74 

Uinta Basin 
- .5%, 11500 BTU $21.03 $20.96 $20.89 

Foreign Coal: Colombia 
- .7%, 12000 BTU $42.50 $42.29 $42.12 
-.8%, 11600 BTU $40.48 $40.31 $40.16 

Petroleum Coke 
-6%/30 HGI, 14000 BTU $31.49 $31.31 $31.16 

$31.28 $31.11 $30.94 $30.77 
$31.01 $30.84 $30.67 $30.50 
$30.60 $30.43 $30.27 $30.10 

$51.59 $51.82 $52.10 $52.40 
$55.08 $55.34 $55.64 $55.96 
$37.69 $37.72 $37.76 $37.77 
$37.30 $37.34 $37.39 $37.41 

$27.93 $27.79 $27.65 $27.51 

$29.34 $29.12 $28.91 $28.69 
$30.70 $30.46 $30.23 $30.00 

$8.44 $8.38 $8.32 $8.24 
$10.71 $10.67 $10.65 $10.60 

$20.82 $20.76 $20.70 $20.63 

$41.96 $41.83 $41.72 $41.63 
$40.02 $39.91 $39.81 $39.73 

$31.02 $30.91 $30.81 $30.74 

$30.59 $30.41 
$30.33 $30.15 
$29.93 $29.75 

$52.68 $52.98 
$56. 27 $56.59 
$37.78 $37.80 
$37.43 $37.46 

$27.37 $27.22 

$28.47 $28.25 
$29.76 $29.52 

$8.17 $8.10 
$10.56 $10.53 

$20.56 $20.49 

$41.56 $41.51 
$39.66 $39.61 

$30.69 $30.66 
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$30.24 $30.08 
$29.97 $29.82 
$29.58 $29.43 

$53.24 $53.52 
$56.88 $57.18 
$37.80 $37.85 
$37.47 $37.52 

$27.07 $26.95 

$28.02 $27.82 
$29.28 $29.07 

$8.02 $7.97 
$10.48 $10.46 

$20.42 $20.36 

$41.48 $41.41 
$39.58 $39.52 

$30.64 $30.60 



COAL MONTHLY SPREADSHEET 
JD Energy, Inc. 
July 2nd, 2008 

DIRECTORY 

ldll Jam 
813 Price Tables for Coal and Petroleum Coke 
T13 Coal Production 
T39 Coal Demand 

rATTDnces are is a m nominal $. short ton 
Region: Central Central Central 

Appalachia Appalachia Appalachia 
Market: Physical Physical Physical 
502/mmBTL 1.2 1.6 2.3 
Sulfur: 0.75% 1.00% 1.40% 
BTU/Ib: 12,500 12.500 12,500 

Central 

Appalachia 
NYMEX 

1.6 
1.00% 
12,000 

Mode: OB Mioe (CSX)FOB Mine (CSX)FOB Mioe (CSX)Barge-Big San 
Jan 2006 $61.79 $55.52 $49.23 $55.80 
Feb $61.09 $55.52 $48.65 $55.95 
Mar $60 .74 $54.27 $49.03 $53.88 
Apr $60.38 $52.86 $47.32 $52.89 
May $58.97 $51.82 $46.46 $51.19 
lun $58.82 $50.73 $44.98 $49.75 
lui $56.55 $49 .79 $44.21 $46.63 
Aug $53.83 $49.95 $44.11 $47.51 
Sep $52.32 $49 .32 $43.96 $45.35 
Oct $50.86 $47.81 $43.75 $43.12 
Nov $49.45 $46.77 $43.19 $40.82 
Dec $46.17 $44 .11 $40.93 $41.89 
Jan l007 $42.90 $40.55 $36.90 $39.55 
Feb $40.90 $38.20 $34.00 $40.72 
Mar $41.95 $39.90 $35.65 $41.07 
Apr $43.90 $41.70 $38.00 $41.88 
May $45.00 $43.00 $39.90 $43.97 
lun $45.30 $42 .90 $39.75 $46 .93 
lui $45.55 $43.50 $40.20 $43.86 
Aug $45.60 $43.55 $40.05 $43.08 
Sep $45.80 $43 .90 $40.2 5 $44.13 
Oct $50.55 $48 .55 $44.70 $46.87 
Nov $53.95 $52.15 $48.10 $51.82 
Oec $56.15 $54.10 $51.15 $53.65 
Jan 2008 $60.70 $58.65 $55.75 $62.96 
Feb $77.75 $74.45 $65.95 $82.50 
Mar $82.75 $79 .30 $73.45 $76.85 
Apr $87.40 $84 .25 $78.55 $89.95 
May $102.40 $99.40 $91.30 $104.95 
lun $118.40 $115.00 $106.25 $119.54 
lui $161.45 $158.45 $148.95 $167.36 
Aug $167.08 $164.08 $153.13 $172.80 
Sep $171.34 $168.34 $157.24 $178.67 
Oct $173.52 $170.52 $159.22 $179.08 
Nov $171.97 $169.02 $157.57 $177.25 
Dec $169.78 $167.03 $155.43 $172.96 
Jan 2009 $167.79 $164.99 $153.19 $168.58 
Feb $165.43 $162.58 $150.43 $164.57 
Mar $162.40 $159.50 $147.05 $160.55 
Apr $155.78 $152.83 $140.08 $152.44 
May $140.01 $136.91 $123.91 $134.47 
lun $117.84 $114.64 $101.44 $111.67 
lui $107.73 $104.48 $91.38 $102.71 
Aug $102 .66 $99.31 $86.26 $97.84 
Sep $99.71 $96.31 $83.46 $94.17 
Oct $96.27 $92.77 $80.27 $91.45 
Nov $92.20 $88.60 $76.40 $89.24 
Dec $86.99 $83.29 $71.49 $84.05 
Jan 2010 $82.15 $78.35 $66.75 $79.35 
Feb $78.39 $74.49 $62.94 $74.83 
Mar $73.73 $69.73 $58.63 $69.33 
Apr $68.61 $64.51 $53.86 $63.46 
May $63 .59 $59.39 $49.34 $57.85 
lun $59.74 $55.44 $45.54 $55.52 
lui $59.50 $55.10 $44.80 $55.64 
Aug $60.40 $55.90 $45.90 $56.65 
Sep $58.35 $53 .75 $44.40 $53.70 
Oct $56.20 $51.50 $42.25 $50.44 
Nov $54.10 $49.30 $40.85 $49 .24 
Dec $53.55 $48 .65 $40.30 $49.01 

Northern Northern 

Appalachia Appalachia 
Physical Physical 

2.5 3.0·4.0 
1.60% 2.30% 
13,000 13,000 

FOB Mine FOB Mine 
$51.05 $43.32 
$49.96 $42.23 
$47 .88 $39.75 
$47.63 $40.14 
$46 .59 $39.70 
$45.60 $39.30 
$44.36 $38.06 
$43 .81 $38.31 
$44.26 $39.35 
$43 .81 $39.75 
$42.92 $39.50 
$41.98 $38.16 
$44.05 $41.10 
$44.25 $42.15 
$43 .70 $41.95 
$45 .05 $43.40 
$44.35 $42.35 
$44.85 $43.05 
$46.35 $44.35 
$46.65 $44.70 
$46.80 $44.95 
$48.75 $46.95 
$49.50 $48.00 
$55.05 $53 .55 
$62.60 $60.30 
$74.30 $71.20 
$82.45 $79.60 

$102.10 $96.20 
$105.25 $101.60 
$113.15 $108.40 
$158. 78 $152.83 
$164.73 $158.68 
$169.09 $163.09 
$171.37 $165.42 
$169.67 $163.87 
$167.53 $161.88 
$165.19 $159.79 
$162.58 $157.33 
$159.40 $154.20 
$152 .53 $147.48 
$136.51 $131.51 
$114.19 $109.24 
$103.88 $99.03 
$98.56 $93.81 
$95.41 $90.76 
$91.72 $87.12 
$87.25 $82.90 
$81.64 $77.54 
$76.40 $72.55 
$72. 19 $68.59 
$66.93 $63.73 
$61.31 $58.36 
$55.74 $53.04 
$51.19 $48.79 
$50.40 $48.20 
$50.60 $48.70 
$48 .20 $46.35 
$45 .75 $43.85 
$43 .25 $41.40 
$42.30 $40.50 

Illinois Illinois 

Basin (IL) Basin (WKY) 
Physical Physical 

5.45 5.45 
3.00% 100% 
11,000 11,000 

FOB Mine FOB Mine 
$27.60 $29.75 
$27.35 $29.45 
$26.85 $28.90 
$26.75 $28.75 
$26.40 $28.45 
$26.45 $28 .50 
$26.10 $28.20 
$26.70 $28.80 
$27.10 $29.15 
$27.45 $29.45 
$27.70 $29.70 
$27.65 $29 .60 
$26.60 $28 .50 
$26.90 $28.80 
$27.05 $29 .00 
$26.85 $28.85 
$26.55 $28.55 
$26.20 $28.15 
$26.65 $28.50 
$27.10 $28.90 
$27.05 $28.90 
$27.65 $29.55 
$27.95 $29 .80 
$27.60 $29.45 
$28.05 $29 .95 
$31.95 $33.85 
$35.15 $37.10 
$43.10 $45.10 
$49.25 $51.25 
$53.00 $54.95 
$59.00 $60.85 
$59.65 $61.45 
$60.05 $61.90 
$60.20 $62 .10 
$60 .50 $62.35 
$60 .75 $62.60 
$60 .75 $62.55 
$60 .25 $62.05 
$59 .80 $61.65 
$58 .85 $60.70 
$56.60 $58.50 
$53 .70 $55.55 
$50.45 $52.25 
$48 .20 $49.95 
$44.65 $46.40 
$42 .10 $43.90 
$39 .95 $41.75 
$37.30 $39.05 
$35.50 $37.30 
$35.20 $37.00 
$34.45 $36.30 
$33.40 $35.25 
$32.85 $34.75 
$33.20 $35.05 
$33.60 $35.40 
$34.20 $35.95 
$34.00 $35 .75 
$33.75 $35.55 
$33.60 $35.40 
$33.40 S35 .15 

owder RiverPowder Rive Ulntaj Petcoke 

Basin Basin Basin (CO) (Gulf) 
Physical Physical Ph~~~~~ Physical 

0.8 0.8 8.6 
0.33% 0.35% 0.50% 6.00% 
8,400 8,800 11,500 14,000 

FOB Mine FOB Mine FOB Mine FOBT 
$16 .00 $20.00 $38.4? $19.87 
$14.10 $18.15 $38.5? $24.83 
$12.50 $14.90 $38.3? $30.28 
$11.15 $14.25 $38.25 $34.25 
$10 .75 $13.75 $37.90 $36.30 
$10.00 $12.85 $36.70 $39.70 
$8.95 $11.45 $36.00 $41.30 
$8.25 $10.45 $35.4~ $38.10 
$7.40 $8.65 $36.0? $38.55 
$7.80 $9.45 $36.00 $39.35 
$7.80 $9.80 $34.9~ $36.05 
$7.30 $9.15 $34.4~ $38.55 
$7.15 $8.85 $34 .2p $43.18 
$7.35 $8.95 $33 .55 $44.00 
$7.05 $8.60 $33 .50 $44.91 
$7.00 $8.45 $33 .55 $46.38 
$7.45 $8.85 $33 .5,0 $48.13 
$8.00 $9.50 $30.45 $48.53 
$8.50 $10.05 

HH~ 
$48.53 

$9.05 $10.65 $44.79 
$9 .20 $10.70 $41.62 
$9.45 $10.90 $26.9,0 $42.07 
$9.80 $11.05 $26.1,0 $42.07 

$10.30 $11.65 $26.3,0 $44.57 
$10.65 $12.40 $28.85 $46.95 
$11.95 $14.30 $3s .sp $55.11 
$12.10 $14.50 $38.'i5 $56.98 
$11.85 $14.40 $43.3,5 $59.10 
$11.60 $14.10 $51.9,0 $64.86 
$11.15 $13.25 $56.65 $74.16 
$10.60 $12.40 $61.4

1
0 $96.79 

$11.05 $12.75 $62.~0 $103.69 
$11 .60 $13.20 $62 .S,5 $108 .36 
$11 .80 $13.55 $63.~0 $110.57 
$11.90 $13.80 $62.9,0 $111.33 
$12.05 $13.80 $61.25 $111.58 
$12.35 $13.90 :~~:~~ $111.95 
$12.30 $13.70 $112.76 
$12.00 $13.35 $56.15 $105.75 
$11.80 $13.20 $52.~0 $94.99 
$11.50 $12.95 $49.~5 $79.60 
$11.20 $12.60 $46.95 $65.73 
$10.85 $12.20 $47 . ~0 $59.62 
$10.55 $11.85 $45 . ~5 $59.41 
$10.05 $11.40 $42.~0 $60.15 
$9.30 $10 .80 $39.90 $60.47 
$9.15 $10.65 $36.35 $60.28 
$9.55 $10.95 $33.15 $59.22 
$9.75 $11.30 $31.80 $58.18 
$9.90 $11.30 $3qo $57.63 
$9.85 $11.20 $29 .50 $56.32 
$9.70 $11.10 $27.85 $54.50 
$9.55 $11.00 $26.90 $52.52 
$9.85 $11.25 $25.10 $51.20 

$10 .20 $11.55 $25.~0 $49.37 
$10 .80 $12.10 $25.80 $48.05 
$10 .50 $11.85 $25.50 $46.09 
$10 .20 $11.70 $25.~0 $44.07 
$10.25 $11.75 $25.~0 $42.18 
$10.40 $11.80 $25.35 $40.14 

I 

Petcoke 

(Gutf) 
Physical 

5.7 
4.00% 
14,000 
FOBT 

$27 .67 
$28 .12 
$30 .39 
$33 .57 
$37.83 
$43 .77 
$44.45 
$43.09 
$43.32 
$43.91 
$38.78 
$43 .09 
$51.35 
$52.45 
$52.63 
$52.80 
$53.13 
$53 .18 
$53 .18 
$48.28 
$46 .55 
$46.38 
$46.55 
$48.42 
$51.48 
$59.99 
$66.40 
$70.99 
$79 .29 
$84.82 

$113.04 
$120.04 
$124.86 
$127.32 
$128.18 
$128.08 
$127.85 
$128.76 
$121.85 
$111.19 
$96.00 
$81.53 
$75.02 
$74.31 
$74.55 
$74.27 
$73.38 
$71.82 
$70.28 
$69.33 
$67 .32 
$64.90 
$62.32 
$59.80 
$57.17 
$54.90 
$53 .09 
$51.32 
$49.48 
$47.39 
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Petcoke Colombia 

(West Coast Basin (CO) 
Physical Physical 

5.7 1.4 
4.00% 0.60% 
14,000 11,300 
FOBT FOB Mine 

$31.30 $41.41 
$32.66 $44 .83 
$32.66 $49 .84 
$34.25 $50.09 
$36.38 $47.72 
$36.74 $48 .64 
$40.82 $47.67 
$43 .09 $49.73 
$44.45 $44.68 
$41.64 $45.13 
$38.78 $45.93 
$40 .37 $46.44 
$46.09 $46.16 
$47.63 $47.57 
$48.76 $48.22 
$49 .10 $46.89 
$49.94 $46.22 
$50.58 $51.96 
$51.14 $53.19 
$51.44 $54.78 
$51.65 $56.53 
$51.26 $66.68 
$56.02 $82.33 
$60 .33 $86.75 
$62.78 $92.19 
$65.09 $105 .60 
$71.56 $102.17 
$74.84 $100 .33 

$100.92 $112 .38 
$113.67 $130.07 
$135.64 $173.45 
$142.59 $179.08 
$147.46 $183 .34 
$149.72 $185 .52 
$150 .53 $184.02 
$150.88 $182 .03 
$151.30 $179 .99 
$152.16 $177.58 
$145.25 $174.50 
$134.54 $167.83 
$119.50 $151.91 
$105 .73 $129.64 
$99.77 $119.48 
$99.76 $114.31 

$100.35 $111.31 
$100.57 $107.77 
$100.28 $103.60 
$96.62 $98.29 
$92.28 $93.35 
$88.79 $89.49 
$84.87 $84.73 
$80.05 $79.51 
$75.07 $74.39 
$70.75 $70.44 
$65 .92 $66.04 
$63.25 $62.55 
$61.04 $58.42 
$58.67 $54 .43 
$54.98 $50.80 
$51.34 $47.17 

J~--



COAL MONTHLY SPREADSH EET 
JD Energy, Inc. 
July 2nd, 2008 

PRODUCTION 
TOTAL PRODUCTION (Millions of Tons) 

QJ. .QZ QJ ~ 
2006 289 .1 292.4 289.8 291 .4 
2007 285 .9 285.6 285.8 288 .3 
2008 289 .1 288.5 295.1 290 .9 
2009 291.5 285.6 289.9 291. 0 

APPALACHI AN PRODUCTION 

QJ. .QZ QJ ~ 
2006 103 .5 100.3 94.3 93.8 
2007 99 .5 95.5 91.4 91.4 
2008 97.8 99.2 98.6 95.8 
2009 95.6 93. 5 94.3 95.2 

INTERIOR PRODUCTIO N 
QJ. !ll. QJ ~ 

2006 37.6 36.8 38.8 38.2 
2007 38.0 36.3 36.9 35.5 
2008 35.5 39.4 39.2 38.9 
2009 38.6 37.9 38.6 38.7 

WESTE RN PRODUCTION 
QJ. 2l. QJ ~ 

2006 148 .0 155 .3 156.8 159.4 
2007 148.4 153 .8 157.4 161.4 
2008 155.8 149 .8 157.3 156.2 
2009 157.3 154 .1 157.0 157.1 

DEMAND 
Millions of Tons 

~ 1.!!l!.i 12!!§. 1.!!l11. 
Elec Power 1013 .5 1030.8 1021.2 1039.2 
I ndustr ia l 53.0 52.7 51.5 50.3 
Coke Plan ts 23.7 23 .4 23 .0 22.7 
Resident/Com. u :u :u ll 
Tota l Domestic 1,094.3 1, 110 .6 1,099.4 1,11 6. 1 

+Exports 48.0 49 .9 49 .6 59.2 
-Imports 27.3 30 .5 36.2 36.3 

Stock Change -11.5 -9.7 42 .6 2.5 

Production 1,112.1 1,13 1. 5 1,162.7 1,145.6 
Discrepancy -8.5 - 11. 1 -7.3 -4.1 

IRliJJ. ~ 
1,162 .7 2.76% 
1,145 .6 -1.48% 
1,163 .6 1.58% 
1,158.7 -0.42% 

IRliJJ. ~ 
391.9 -1.38% 
377.8 -3.59% 
391.4 3.60% 
379.4 -3.09% 

~ ~ 
151.4 1.50% 
146.7 -3. 10% 
153 .0 4.29% 
153 .8 0.48% 

IRlA1 ~ 
619 .4 5.89% 
621. 0 0.25% 
619. 2 -0.30% 
625.6 1.04% 

12Q.l 1222. 
1045.4 1044.2 

52.5 52.5 
22.7 23.4 
tl tl 

1,1 24.7 1,124.2 

85.1 70.1 
31.7 32.8 

-14.4 -2.8 

1,163.6 1,158.7 
0 .0 0 .0 

NOTE: Both Production and Demand numbers exclude waste coal; Electric Power consumption data Includes 
electrlcty generation from all sectors Including the electric, Industrial and commerlca l sectors. Non­
electricity output from both the electricity and industrial sectors are included under the Industrial category . 
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QCF (QUARTERLY COAL 
FORECAST) - 200804 
JD Energy, Inc. 
[BASE CAS£ 

August 2008 

ANNUAL AV!RAG! SPOT PRIC!S- NOMINAL DOLLARS P!A TON 
ANNUAL AVERAG! SPOT PRICI!S • REAL 1008 DOLLARS P!R TON 
QUARTERLY SPOT PRICES .. NOMINAL DOLLAilS PI TON 

ANNUAL AVERAGE SPOT PRICES- NOMINAL DOLLARS PER TON 

Year: fH2 N3 fNf fW , ... IHT .. 2002 ~ - 2JOOf 1/)07 2JOOf 20Dt 1010 ""'' Northern Appalachl• 
-1.6%, 13000 B'TU $25.59 $26.41 $24.85 $24.45 $26.34 $26.04 $24.94 $23.65 $24.09 $40.52 $30.37 $31.04 $50.27 $54.42 $45.82 $46.61 $109.29 $100.38 $56.06 $41.01 
-1.8%, 13000 BlU $25.06 $25.55 $23.49 $22.21 $22.51 $22.89 $23.59 $22.12 $23.07 $39.46 $29.38 $29.83 $48.89 $52.23 $43.41 $45.85 $107.07 $98.45 $55.05 $40.30 
-2.3°h, 13000 BlU $22.40 $21.72 $21.48 $20.71 $21.26 $21.79 $22.54 $20.65 $22.05 $35.99 $27.51 $28.67 $47.91 $48.94 $39.80 $44.71 $103.75 $95.54 $53.54 $39.25 

Cent..J-chla 
-.7%, 12500 BlU $24.31 $26.02 $26.75 $24.86 $26.01 $25.45 $25.97 $24.50 $24.90 $47.09 $29.20 $34.27 $58.62 $61.97 $55.91 $46.46 $108,30 $105.04 $64.73 $56.86 
- .7%, 13000 BTU $26.08 $27.58 $28.31 $26.60 $25.80 $25.25 $25.77 $25.15 $26.42 $50.06 $31.07 $36.49 $62.42 $66.01 $59.56 $49.50 $115.41 $111.96 $69.02 $60.74 
-1.0% , 12500 BTU $21.94 $24.01 $24.22 $22.84 $24.41 $24.02 $24.24 $23.29 $23.45 $44.09 $27.25 $32.04 $55.03 $57.49 $50.71 $44.33 $105.29 $101.83 $60.38 $48.01 
-1.5%, 12500 BTU $21.54 $22.92 $22.70 $21.72 $22.73 $23.05 $23.33 $22.07 $21.72 $38.50 $24.19 $29.19 $49.92 $53.18 $45.49 $40.72 $93.27 $88.15 $50.33 $43.51 

Ohio 
-4%, 12500 BTU $19.79 $21.50 $20.83 $18.38 $18.25 $18.34 $18.05 $18.41 $18.89 $26.44 $20.72 $23.01 $33.25 $35.88 $32.55 $39.19 $81,14 $78.23 $48.35 $35.60 

Illinois &sin 
-3%, 11000 Bl\J (ll) $18.93 $21.68 $19.85 $16.96 $17.71 $18.10 $18.25 $17.44 $16.83 $24.63 $19.71 $19.61 $26.12 $27.54 $27.01 $27.01 $50.75 $54.48 $38.12 $34.89 
-3%, 11000 81\J (KY) $20.03 $22.78 $20.95 $18.10 $19.29 $20.25 $19.90 $18.81 $17.51 $29.93 $23.34 $22.09 $29.18 $29.82 $29.06 $28.91 $52.65 $56.29 $39.93 $36.70 

Powder Rivw Basin 
- .33%, 8400 Bl\J $3.58 $3.26 $4.34 $3.60 $3.09 $3.13 $3.35 $3.45 $3.43 $7.58 $4.74 $5.13 $5.23 $7.96 $10.17 $8.36 $11.77 $11.99 $11.08 $11.13 
- .35%, 8800 Bl\J $4.58 $4.64 $5.08 $4.68 $4.11 $4.29 $4.45 $4.42 $4.38 $9.34 $5.85 $6.21 $6.26 $10.09 $12.74 $9.85 $13.78 $13.40 $12.50 $12.97 

Uinta Basin 
- .5% , 11500 BTU $19.79 $19.35 $13.64 $14.05 $13.58 $15.18 $15.09 $14.16 $13.35 $20.06 $16.95 $17.13 $26.82 $33.11 $36.76 $29.93 $59.78 $54.61 $27.08 $25.68 

Foni gnCoill 
-.7%, 12000 BTU $28.74 $26.45 $28.05 $34.31 $32.76 $31.71 $29.31 $26.35 $27.89 $35.37 $27.70 $33.43 $59.18 $50.12 $50.53 $62.03 $125.45 $115.01 $76. 58 $54.42 
- .8%, 11600 BTU $29.61 $26.70 $24.09 $25.79 $32.94 $26.04 $31.41 $55.40 $46.90 $47.22 $57.85 $117.00 $107.30 $71.56 $50.95 

Petroleun Cob 
-6%/30 HGI, 14000 B1lJ $15.42 $12.55 $18.22 $19.39 $3.52 $1.71 $9.98 $12.73 $8.57 $13.03 $11.27 $17.50 $34.76 $44.90 $66.62 $58.65 $50.02 $40.71 



QCF (QUARTERLY COAL 
FORECAST) - 200804 
JD Energy, Inc. 
8As£CAsE 

August 2008 

ANNUAL AVERAGE SPOT PRICES - REAL 2008 DOLLARS PER TON 
"BASE CAS 

Year: 
Northern Appal~chi~ 
-1.6%, 13000 BTIJ $36.16 $ 36.49 $ 33.62 
- 1.80Jo, 13000 BTU $35.42 $ 35.29 $ 31.77 
-2.3°A:., 13000 BlU $ 31.66 $30,00 $ 29.05 

Central Appalachia 
- .7%, 12500 BTU $ 34.35 $35.95 $ 36.19 
-.7%, 13000 BlU $ 36.85 $ 38.09 $38.30 
-1.0%, 12500 BTU $ 31.01 $33.17 $32.76 
- 1.5%, 12500 BTU $ 30.44 $31.67 $30.70 

Ohio 
-4%, 12500 BlU $ 27.97 $29.70 $28.17 

l/llnois & :Jin 
·3%, 11000 BTU (IL) $ 26.75 $29.94 $ 26.85 
-3%, 11000 BlU (KY) $ 28.30 $31.46 $ 28.34 

Powder Rlvw & sin 
-.33%, 8400 BlU $ 5.06 $4 .51 $5.87 
-.35%, 8800 BTU $ 6.4 7 $6.41 $ 6 .87 

u;ma Basin 
- .5%, 11500 BTU $ 27.97 $ 26.73 $18.45 

Ftxaign Cool!: Colomb#~ 
-.7%, 12000 BlU $ 40.61 $36.54 $37.95 
- .8%, 11600 BTU 

Petroleum Coke 
-6%/30 HGI, 14000 BTU $ 20.86 

IM PUCIT PRI CE 
DEFLATOR (GOP) 86.40 88.39 90. 27 

%Cha nge 2.77% 2.30% 2.12% 

, ... ... '"' ... , ... 
$ 32.42 $34.28 $33.32 $31. 57 $29.51 
$29.45 $29. 29 $29.29 $29.86 $27.60 
$27.46 $27.67 $27.89 $ 28.53 $25.77 

$32.96 $33.84 $32.58 $32.88 $30,57 
$35. 26 $33.57 $32.32 $32.61 $31.38 
$30.28 $31.77 $30.75 $30.69 $29.07 
$28.79 $29.58 $29,50 $ 29.54 $27.54 

$24.36 $23.75 $23.47 $22.85 $22.97 

$22.49 $23.05 $23.17 $23.10 $21.76 
$24.00 $25.10 $25.92 $ 25.19 $23.47 

$4.77 $4.02 $4.00 $4.24 $4.30 
$6.20 $5.35 $5.49 $5.63 $ 5 .52 

$18.63 $17.66 $19.42 $19. 10 $17.67 

$45.49 $42.63 $40.59 $37.10 $32.88 
$37.90 $33.80 $30.06 

$ 16.64 $23.71 $24.82 $4.45 $2. 13 

92. 10 93.85 95 .41 96.4 7 97.86 
2.04% 1.89% 1 .67% 1.11% 1.44% 

.... ,., ,_ 
$29.41 $48.32 $35.59 $ 35.62 $56.08 $58.81 
$28.17 $47.05 $34.4 3 $ 34.23 $54.54 $56.44 
$26.93 $42.92 $32.24 $32.90 $53.44 $ 52.88 

$30,40 $56.15 $34.22 $39.33 $65,39 $66.97 
$32.26 $59.69 $36.41 $41.88 $69.63 $71.33 
$28.64 $52.58 $31.94 $36.77 $61.39 $62.12 
$26.52 $45,91 $ 28.35 $33.50 $ 55.69 $57.47 

$23.06 $31.53 $24.29 $26.41 $37.10 $38.77 

$20.55 $29.37 $23.10 $22.51 $29.14 $29.76 
$21.38 $35.69 $ 27.35 $25.35 $32.55 $32.22 

$4.18 $9.03 $ 5 .55 $5.88 $5.83 $8.60 
$5.34 $11.13 $6.86 $7.13 $ 6.99 $10.90 

$16.30 $23.92 $19.87 $19. 65 $29.92 $35.77 

$34.05 $42.18 $32.46 $38.36 $66.02 $54.16 
$31.49 $39.28 $30.51 $36.05 $ 61.80 $50.68 

$12.19 $15.18 $10.04 $14.95 $ 12.58 $18.91 

100.00 102.40 104.19 106.40 109 .46 113.00 
2.18% 2.40% 1.75% 2. 13% 2.87% 3.23% 

--$48.00 
$45.48 
$41.69 

$58.57 
$62.40 
$53.12 
$47.65 

$34.09 

$28.29 
$30.44 

$10.65 
$13.34 

$38.51 

$52.93 
$49.47 

$36.41 

116.57 
3.16% 
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2010 

$47.57 $109.29 $98,34 $53.89 
$46.79 $107.07 $96.44 $52.92 
$45.62 $103.75 $93.59 $ 51.47 

$47.41 $108.30 $102.90 $62.23 
$50.52 $115.41 $109,68 $66,36 
$45.24 $105.29 $99.75 $58.05 
$ 41.55 $93.27 $86.35 $48.39 

$ 39.99 $81.14 $76.63 $46.49 

$27.56 $50.75 $53.37 $36.65 
$29.50 $52.65 $55.14 $38.38 

$8.53 $11.77 $11.75 $10.66 
$10.05 $13.78 $13.12 $ 12.01 

$30.54 $59.78 $53.50 $26.03 

$63.30 $125.45 $112.67 $73.63 
$59.03 $117.00 $105.11 $68.80 

$45.82 $66.62 $57.46 $48.09 

119 .66 122 .11 124.65 127.01 
2.66% 2 .04 % 2.08% 1.89% 

2D1 

$ 38.64 
$ 37.98 
$36.98 

$53.57 
$57.23 
$45.24 
$41.00 

$33.55 

$32.87 
$34.58 

$10.48 
$12.22 

$24.20 

$51.27 
$48.01 

$38.35 

129.59 
2.03% 



QCF (QUARTERLY COAL 
FORECAST} - 200804 
JD Energy, Inc:. 
!BASrcAsE 

August 2008 

QUARTERLY SPOT PRICES - NOMINAL DOLLARS PER TON 
BASE 

Year: .... 
Quarter: 0 

Norlhem Apf»/4chla 
-1.6%, 13000 BTU $ 24.73 $ 24.68 $26.27 
-1.8%, 13000 BTU $22.15 $22.10 $23.29 
-2.3%, 13000 BTU $20.96 $20.87 $21.81 

Central Appalschl• 
-.7%, 12soo aru $24.95 $24.70 $25.71 
-.7%, 13000 BTU $26.49 $26.23 $25.50 
·1.0%, 12500 BTU $22.92 $22.81 $24.11 
- 1.5%, 12500 BTU $21.61 $21.46 $22.50 

Ohio 
-4%, 12500 BTU $18.35 $18.25 $18.25 

111/noisB:.sin 
-3%, 11000 BTU (IL) $16.70 $ 16.85 17.50 
-3%, 11000 BTU {KY) $17.80 $ 18.10 18.75 

Powder River Basin 
· .33%. 8400 81\J $3.40 $3.30 $3.20 
-.35%, 8800 BTU $4.45 $4.40 $4.25 

u;,g BHin 
-.5%, 11500 BTU $14.20 $14.00 $13.50 

Fotalgn Coal 
-.7%, 12000 BTU $34.20 $34.50 $33.65 
- .8%, 11600 BTU 

P«roleun Coke 
-6%/30 HGI, 14000 BTU $10.28 $11.79 $15.88 

Q2 

$24.93 $26.76 $27.41 $26.76 $25.67 $25,77 
$22. 1 0 $22.35 $22.30 $22.40 $22.30 $ 23.05 
$20.91 $21.21 $21.11 $ 21.21 $ 21. 16 $ 22.01 

$24.50 $26.86 $26.97 $27.17 $24.55 $24.50 
$24.30 $26.65 $26.75 $26.95 $24.35 $24.30 
$23.54 $24.90 $25.10 $25.21 $23.59 $23.33 
$21.56 $23.44 $23.44 $23.54 $23.13 $22.40 

$18.20 $18.30 $18.25 $18.40 $18.30 $18.35 

17.35 $ 18.00 $ 18.00 $18.00 $18.00 $18.15 
18,50 $ 19.90 $ 20.00 $21.00 $20.05 $20.00 

$3.15 $3.00 $3.00 $3.00 $3.00 $3.20 
$4.20 $4.00 $4.00 $4.00 $4.05 $4.50 

$13.20 $13.60 $14.00 $14.40 $15.05 $15.65 

$32.15 $32.00 $33.25 $33,50 $32.40 $30,95 
$31.54 $30.51 $28,69 

$17.24 $19.35 $20.41 $21.47 $21.02 $19.81 

... 
Q1 Q2 

$ 25.94 $25.72 $24.63 
$23.79 $23.79 $23.29 
$22.80 $22.80 $22.25 

$25.27 1 $25.60 $25.64 $26.28 $26.71 
$25.40 $25.43 $25.07 ' $26.07 $26.50 
$23.96 $24.06 $23.33 $24.48 $25.10 
$23.13 $23.18 $22.81 $23.33 $24.01 

$18.30 $18.30 $18.10 $18.10 $17.70 

$18.25 $18.25 $ 17.95 18.20 $ 18.60 
$19.95 $20.05 $19.35 20.00 $ 20.20 

$3.30 $3.62 $3.35 $3.15 $3.27 
$4.60 $4.80 $4.45 $4.20 $4.34 

$15.60 $15.25 $15.20 $ 15.10 $ 14.80 

$30.00 $29.20 :~:::~ $30.15 $28.90 
$27.71 $26.6 1 $27.99 $26. 13 

$3.931 $15.27 $7.41 $1.36 $1.36 

Hf 
Q1 

$24.43 
$ 22.80 
$ 21.51 

$25.91 
$25.70 
$24.32 
$23.13 

$18.35 

$18.10 
$19.75 

$3.38 
$4.38 

$14.65 

$28.40 
$25.63 

$1.36 
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-Q2 Q.J 0< Qf 

$23.54 $23 .29 $23.34 $ 22.90 
$21.66 $21.4 1 $22.60 $22.03 
$19.73 $19.92 $21.46 $21.11 

$24.14 $23.89 $24.04 $23.54 
$23.95 $ 25.46 $25.50 $24.96 
$23.13 $22.92 $22.81 $22.34 
$22.03 $21.82 $21.30 $20.73 

$18.00 $18.40 $18.90 $19.00 

$17.50 $17.15 $17.00 $16.75 
$19.00 $18.45 $18.05 $17.20 

$3.45 $3.47 $3.50 $ 3 .40 
$4.45 $4.40 $4.45 $4.40 

$14.40 $14.10 $13.50 $12.75 

$28.00 $ 24.60 $24.40 $26.00 
$24.63 $23.34 $22.75 $24.13 

$1.36 $1.36 $2.75 $5.58 

QZ 

$22,95 
$22.00 
$20.96 

$23.39 
$24,78 
$22.19 
$20.63 

$18.25 

$16.70 
$16.95 

$3.20 
$4.20 

$12.80 

$27. 25 
$25.21 

$5.73 



QCF (QUARTERLY COAL 
FORECAST) - 200804 

JD Energy!t'~I~nc.~:;,;;,;:==::::l 
~ ... 

August 2008 

ANNUAL AVERAGE SPOT 
BASE CASE 

Year: 
Northern Appalachia 
-1.6%, 13000 BTU 
-1.8%, 13000 BTIJ 
-2.3%, 13000 BTU 

Central Appalachia 
-.7%, 12500 BTU 
- .7%, 13000 BTU 
- l.0°AI, n5oo sru 
-1.5%, 12500 sru 

Ohio 
-4%, 12soo sru 

Illinois Basin 
-3%, 11000 sru (IL) 
-3%, 11000 sru (KY) 

Powchlr River B:nin 
-.33%, 8400 sru 
-.35%, ssoo sru 

I.Hnta Basin 
-.5%, 11soo sru 

ForeignC~I 

- .7%, 12000 sru 
- .a%, 11600 sru 

Petroleum Coke 
-6%/30 HGI, 14000 BTIJ 

z 
$40.45 
$39.84 
$38.91 

$59.48 
$63.50 
$48.21 
$44.68 

$35.32 

$35.09 
$36,91 

$10.78 
$12.77 

$24.64 

$50,48 
$47.40 

$36.37 

211ft 

$40.62 $40.76 $41.25 $41,81 $42.47 
$40.08 $40.34 $40.84 $41.42 $42,09 
$39.27 $39.70 $40.24 $40.84 $41.51 

$60.96 $62.60 $64.03 $63.36 $63.77 
$65.08 $66.83 $68.34 $67.63 $68,08 
$47.70 $47.36 $48.20 $47.58 $47.80 
$45.39 $46.11 $47.33 $46.91 $47.15 

$35.66 $36.07 $36.57 $37.13 $37.76 

$35.32 $35,67 $36.02 $36.40 $36.79 
$37.20 $37.61 $38.02 $38,45 $38.89 

$10.61 $10.52 $10.60 $10.69 $10.93 
$12.75 $12.78 $12.95 $13.14 $13.41 

$25.00 $25.40 $25.79 $26.20 $26.61 

$49.17 $49.72 $50.23 $50.75 $51.41 
$46.30 $46.91 $47.52 $48.15 $48.79 

$34.69 $35.07 $35,47 $35.89 $36.33 

211ft 211211 ~~ 21122 a 
$43.15 $43.90 $44.70 $45,69 $46.51 $47.37 
$42.78 $43.56 $44.38 $45,29 $46.10 $46.96 
$42.22 $43.04 $43.90 $44.69 $45.50 $46.34 

$64.55 $66.30 $68.03 $69.88 $71.77 $73.91 
$68.90 $70.77 $72.62 $74,60 $76.62 $78.91 
$48.18 $49.22 $50.34 $51.48 $52,68 $54.00 
$47.54 $48.63 $49.76 $50.91 $52.12 $53.45 

$38.43 $39.19 $39.99 $40.74 $41.49 $42.28 

$37.22 $37.74 $38.31 $38.80 $39.29 $39.79 
$39.38 $39.96 $40.58 $41,14 $41.68 $42.25 

$11.14 $11.38 $11.63 $12.02 $12.39 $12.62 
$13.67 $14.01 $14.38 $14.88 $15.33 $15.66 

$27.05 $27.57 $28. 11 $28.62 $29.12 $29.65 

$52.10 $52.82 $53.55 $54.31 $55,12 $55.96 
$49.48 $50.22 $51.00 $51.77 $52.55 $53.37 

$36.82 $37.35 $37.92 $38.49 $39.03 $39.64 

- 2112 

$48.20 $49.01 $49.86 $50.76 
$47.78 $48,58 $49.42 $50.32 
$47.15 $47.94 $48.77 $49.66 

$76.11 $79.24 $82.59 $85.18 
$81.28 $84.63 $88.20 $90.98 
$55.39 $57.41 $59.52 $61.09 
$54.84 $56.86 $58.96 $60.53 

$43.04 $43.78 $44.56 $45.39 

$40.26 $40,70 $41.16 $41.67 
$42.77 $43.28 $43.81 $44.38 

$12.82 $13.02 $13.22 $13.45 
$15.96 $16.26 $16.57 $16.89 

$30.16 $30.66 $31.18 $31.73 

$56.82 $57.70 $58.63 $59.63 
$54.21 $55.06 $55.95 $56.91 

$40.29 $40.96 $41.68 $42.46 
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$51.64 $52.51 $53.40 
$51.19 $52.05 $52.94 
$50.52 $51.37 $52.24 

$87.81 $90.43 $93.05 
$93.81 $96.61 $99.42 
$62.64 $64.19 $65.80 
$62.08 $63.64 $65.24 

$46.20 $47.00 $47.82 

$42.14 $42.60 $43.07 
$44.92 $45.44 $45.97 

$13.66 $13.87 $14.08 
$17.22 $17.54 $17.87 

$32.27 $32.80 $33.34 

$60.67 $61.73 $62.77 
$57.90 $58.91 $59.90 

$43.28 $44.13 $44.95 



QCF (QUARTERLY COAL 
FORECAST) - 200804 
JD Energy, Inc. 

CASE 
August 2008 

ANNUAL AVERAGE SPOT 
CAS-

Yur: N«them--1.6%, 13000 Bll.l 
-1.8%, 13000 BTU 
-2.3%, 13000 eru 

Central Appalachia 
-. 7% , 12500 BTU 
· .7%, 13000 eru 
-1.0%, 12500 BTU 
-1.5oh, 12500 BTU 

Ohio 
-4%, 12500 BTIJ 

IH/nois Basin 
·3%, 11000 eru (IL) 
-3%, 11000 eru (KY) 

Powdw Riwr Basin 
- .33%, 8400 B"TU 
- .35%, 8800 BTU 

l.Nnta&sin 
- .5%, 11500 BTU 

Foreign Coitl: Colomb/~ 
-. 7%, 12000 BlU 
-.8%, 11600 BTU 

Petroleum Coke 
-6%/30 HGI, 14000 BTIJ 

IMPUCIT PRiCE 
DEFlATOR {GOP) 

%Change 

$37.33 $36.74 
$36,76 $36,26 
$35.91 $35.52 

$54.88 $55.15 
$58.59 $58.87 
$44.48 $43.15 
$41.23 $41.06 

$32.59 $32.26 

$32.37 $31.95 
$34.06 $33.66 

$9.95 $9.59 
$11.78 $11.53 

$22.74 $22.62 

$46.58 $44.49 
$43.74 $41.89 

$33.56 $31.39 

132.33 134.98 
2.11% 2.00% 

JIHI 

$36.17 $35.90 $35.71 $35.60 $35.48 $35.39 
$35.79 $35.55 $35.38 $35.28 $35.17 $35.11 
$35.23 $35.02 $34.88 $34.79 $34.72 $34.69 

$55.54 $55.73 $54.11 $53.46 $53.08 $53.45 
$59.29 $59.49 $57.76 $57.06 $56.65 $57.05 
$42.02 $41.95 $40.64 $40.06 $39.62 $39.68 
$40.91 $41.19 $40.07 $39.52 $39.09 $39.21 

$32.00 $31.83 $31.72 $31.65 $31.60 $31.59 

$31.65 $31.36 $31.09 $30.84 $30.61 $30.43 
$33.37 $33.09 $32.84 $32.60 $32.38 $32.21 

$9.34 $9.23 $9.13 $9.16 $9.16 $9.18 
$11.34 $11.27 $11.22 $11.24 $11.24 $11.29 

$22.54 $22.45 $22.38 $22.30 $22.24 $22.22 

$44.11 $43.72 $43.34 $43.09 $42.84 $42.58 
$41.62 $41.36 $41.12 $40.90 $40.68 $40.48 

$31.12 $30,87 $30,65 $30.45 $30.27 $30.11 

137.63 140.29 142.97 145.68 148.51 151.47 
1.97% 1.93% 1.91% 1.90% 1.94% 1.99% 

l 

.... 21121 21122 

$35.31 $35.41 $35.38 $35.37 $35.33 $35.28 
$35.06 $35.11 $35.07 $35.06 $35.02 $34.97 
$34.68 $34.64 $34.61 $34.60 $34.56 $34.51 

$53.75 $54.17 $54.60 $55.18 $55.79 $57.04 
$57.38 $57.82 $58.29 $58.92 $59.57 

!f~:H $39.77 $39,90 $40.07 $40.32 $40.60 
$39.32 $39.46 $39.65 $39.90 $40.19 

$31.60 $31.58 $31.56 $31.56 $31.54 $31.51 

I , 
$30.27 $30.07 $29.89 $29.71 $29.50 $~9.29 
$32.06 $31.88 $31.71 $31.54 $31.35 $31.15 

$9.19 $9.32 $9.42 $9.42 $9.40 $9.37 
$11.36 $11.53 $11.66 $11.69 $11.70 $11.70 

I 
$22.21 $22.18 $22.15 $22.14 $22.10 $22.07 

J 1.53 $42.31 $42.10 $41.93 $41.78 $41.64 
$40.30 $40.13 $39.98 $39.85 $39.73 $ , 9.63 

$29.96 $29.83 $29.69 $29.59 $29.53 $29.48 

t 9.65 154.55 157.54 160.52 163.56 166.61 
2.03% 1.93% 1.89% 1.89% 1.87% i.83% 

2027 

$35.24 $35.22 
$34.93 $34.91 
$34.48 $34.45 

$58.37 $59.10 
$62.35 $63.13 
$42.07 $42.38 
$41.67 $42.00 

$31.50 $31.49 

$29.10 $28.91 
$30.96 $30.79 

$9.35 $9.33 
$11.71 $11.72 

$22.04 $22.01 

$41.44 $41.38 
$39.55 $39.48 

$29.46 $29.46 

172.76 176.00 
1.83% 1.87% 
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J02t >Olt -$35.18 $35.12 $35.08 
$34.87 $34.82 $34.77 
$34.41 $34.36 $34.31 

$59.81 $60.48 $61.12 
$63.89 $64.62 $65.30 
$42.66 $42.93 $43.22 
$42.29 $42.57 $42.86 

$31.47 $31.44 $31.41 

$28.70 $28.49 $28.29 
$30.59 $30.39 $30.20 

$9.30 $9.27 $9.25 
$11.73 $11.73 $11.74 

$21.98 $21.94 $21.90 

$41.33 $41.29 $41.23 
$39.44 $39.40 $39.35 

$29.48 $29.52 $29.52 

179.27 182.56 185.90 
1.86% 1.83% 1.83% 



QCF (QUARTERLY COAL 
FORECAST) - 200804 
~~Inc. 

August 2008 

QUARTERLY SPOT PRICE 

Year: 
Quarter: 

Northern Appalachl• 
·1.6%, 13000 Bll.J 
-1.8%, 13000 BlU 
-2.3%, 13000 BTU 

Central Appalachia 
- .7%, 11500 BTU 
-.7% , 13000 BTU 
-1.0%, 12500 BlU 
-1.5% , 12500 BTU 

Ohio 
-4%, 12500 BTU 

Illinois Basin 
-3%, 11000 BTU (Il) 
-3%, 11000 BTU (KY) 

Powder River Basin 
- .33%, 8400 BlU 
- .35%, 8800 BlU 

Uint• Basin 
- .5%, 11500 BTU 

Foreign C~l 
-. 7%, 12000 BTU 
-.8%, 11600 BTU 

Pefroleun Coke 
·6%/30 HGI, 14000 BlU 

$24.38 $26.12 
$23.59 $24,65 
$22.55 $23.59 

$24.65 $28.02 
$26.17 $29.77 
$22.92 $26.35 
$21.04 $24.48 

$18.75 $19.55 

$16.80 $17.05 
$17.45 $18.45 

$3.40 $3.70 
$4.35 $4.55 

$13.30 $14.55 

$27.85 $30.45 
$25.63 $28.20 

$8.83 $19.78 

$32.86 $42.38 $43.91 $42.92 $35.34 $29.34 
$31.91 $41.26 $42.81 $41.85 $34.32 $28.36 
$29.39 $37.07 $39.40 $38.11 $31.57 $26.61 

$46.72 $51,11 $49.19 $41.33 $30.14 $27.67 
$49,66 $54,33 $52.31 $43.93 $32.07 $29.43 
$43.07 $48.65 $45.89 $38.75 $28.18 $25.94 
$34.69 $43,65 $41.15 $34.53 $24.22 $22.86 

$23.95 $26.85 $27.85 $27.10 $22.34 $20.15 

$22.05 $25,35 $25.65 $25.45 $21.90 $19.80 
$24.30 $31.45 $32.10 $31.85 $27.80 $22.60 

$6.25 $10,65 $7.05 $6.35 $4.65 $4.70 
$7.90 $12,75 $8.70 $8.00 $5.85 $5.75 

$19.05 $19.85 $20.55 $20.80 $18.40 $16.30 

$35.10 $36.90 $36.85 $32.62 $29.81 $27.54 
$32.60 $34.32 $34.31 $30.52 $27.99 $25.95 

$18.11 $14.62 $9.95 $8.24 $7.44 $5.79 

$29.09 $27.70 $28.20 $30.88 $31.57 $33.50 $41.24 
$28.09 $26.73 $27.01 $29.66 $30.41 $32.23 $40,04 
$26.66 $25.18 $25.82 $28.50 $29.34 $31.03 $39.12 

$29.23 $29.74 $32.36 $34.02 $33.87 $36.84 $49,62 
$31.12 $31.65 $34.44 $36.21 $36.07 $39.24 $52.84 
$27.24 $27.66 $29.43 $31.77 $31.93 $35.05 $47.99 
$24.53 $25.16 $26.93 $28.85 $28.96 $32.03 $44.34 

$20.45 $19.95 $21.40 $22.95 $23.35 $24.35 $28.09 

$18.50 $18.65 $18.80 $19.55 $19.60 $20.50 $22.55 
$21.50 $21.45 $21.45 $21.95 $22.10 $22.85 $24.95 

$4.65 $4.95 $5.00 $4.80 $5.25 $5.45 $5.55 
$5.75 $6.05 $6.00 $5.90 $6.30 $6.65 $6.58 

$16.45 $16.65 $16.15 $16.90 $17.15 $18.30 $22.42 

$25.06 $28.38 $28.55 $28.04 $35.00 $42.12 $46.23 
$23.57 $26.63 $26.83 $26.40 $32.86 $39.55 $43.28 

$7.97 $13.08 $20.35 $14.53 $8.52 $8.71 $6.60 

$45,53 
$44.46 
$43.84 

$56.75 
$60.43 
$54.08 
$49.69 

$28.78 

$25.07 
$28.05 

$5.43 
$6.43 

$25.95 

$54.39 
$50.97 

$6.46 
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az 

$52.70 $61.62 $56.60 $54.24 
$51.30 $59.78 $55.15 $52.33 
$50.32 $58.33 $52.98 $49.48 

$62.95 $65.15 $62.35 $63.07 
$67.05 $69.37 $66.41 $67.18 
$58.30 $59.75 $57.71 $59.20 
$53.05 $52.61 $53.50 $54.86 

$35.38 $40.77 $36.73 $35.18 

$26,80 $30,05 $27.32 $27.22 
$30.50 $33.20 $30.03 $29.25 

$5.00 $4.93 $5.18 $6.35 
$6.02 $6.02 $6.33 $7.98 

$29.42 $29.50 $28.98 $31.12 

$68.50 $67.62 $57,64 $49.06 
$64.08 $63.25 $53.92 $45.94 

$14.71 $20.46 $22.76 $13.25 

$53.91 $52.95 
$51,52 $49.91 
$47.94 $45.35 

$60.38 $62,08 
$64.33 $66.12 
$56.23 $56.81 
$52.78 $51.59 

$35.75 $35.85 

$27.75 $27.88 
$29.83 $30.15 

$7.72 $12.57 
$10.03 $16.00 

$34.82 $37.50 

$51.92 $41.84 
$48.57 $39.17 

$12.02 $21.98 



QCF (QUARTERLY COAL 
FORECAST) - 200804 
JD Energy Inc. 
W E CASE 

August 2008 

QUARTERLY SPOT PRICE 
E 

Year: 
Quartef: 

Northltm Appalachia 
-1.6%, 13000 BTU 
-1.8%, 13000 BTU 
-2.3%, 13000 BTU 

Central Appatach;. 
- . 7% , 12500 BlU 
-. 7%, 13000 Bn.l 
-1.0%, 12500 BTU 
- 1.5%, 12500 BTU 

Ohio 
-4%, 12500 BTU 

11/inois&sln 
-3%, 11000 BTU (IL) 
-3%, 11000 BTU (KY) 

Powder River Basin 
- .33%, 8400 BTU 
- .35%, 8800 BTIJ 

Uinta Basin 
-.5%, 11500 BTU 

FoAignCoal 
- .7%, 12000 81\J 
- .8%, 11600 BTU 

PetroloumCol<o 
-6%/30 HGI, 14000 Bn.J 

$49.63 $46.60 $44.14 
$46.48 $43.85 $41.92 
$41.76 $39.72 $38.58 

$61.21 $59.39 $54.23 
$65.20 $63.26 $57.79 
$55.10 $51.81 $49.69 
$48.97 $46.25 $44.09 

$34.63 $32.63 $30.67 

$27.27 $26.53 $26.63 
$29.37 $28.57 $28.72 

$14.20 $10.63 $8.20 
$17.68 $13.62 $10.18 

$38.45 $37.62 $35.83 

$48.83 $52.74 $50.93 
$45.68 $49.24 $47.65 

$24.99 $36.75 $39.32 

$42.90 $44.00 $44.75 $46.60 $51.10 $73.12 
$41.40 $43.09 $44.02 $45.83 $50.46 $72.02 
$39.14 $41.73 $42.93 $44.67 $49.50 $70,37 

$48.82 $41.92 $44.73 $45.65 $53.55 $73.73 
$52.01 $44.66 $47.65 $48.65 $57.06 $78.58 
$46.23 $39.55 $42.53 $43.65 $51.60 $70.80 
$42.62 $35.52 $39.22 $40.17 $47.98 $65.05 

$32.24 $35.45 $37.43 $38.63 $45.23 $65.68 

$27.60 $26.85 $26.53 $26.93 $27.73 $31.72 
$29,58 $28.77 $28.52 $28.77 $29.60 $33.63 

$7.63 $7.18 $7.48 $8.92 $9.85 $11.57 
$9.47 $8.80 $8.93 $10.47 $11. 20 $13.73 

$35.13 $33.75 $32.50 $27.02 $26.43 $34.37 

$49.61 $51.13 $52.48 $59.37 $85.13 $107.74 
$46.32 $47.70 $48.95 $55.37 $79.38 $100.50 

$37.98 $44.03 $47.68 $44.98 $42.90 $53.01 

$106.83 $135.23 $121.97 
$104.93 $131.75 $119.59 
$102.07 $126.52 $116.03 

$102.73 $132.65 $124.07 
$109.46 $141.39 $132.21 
$99.55 $129.65 $121.17 
$92.03 $111.25 $104.73 

$80.68 $90.76 $87.44 

$48.45 $60.67 $62.15 
$50.43 $62.50 $64.02 

$11.53 $11.62 $12.37 
$13.92 $13.52 $13.97 

$50.63 $75.12 $78.98 

$124.32 $144.00 $125.74 
$115.97 $134.27 $117.25 

$66.04 $76.59 $70.85 

l 

$117.50 $108.58 $92.97 
$115.39 $106,58 $91.07 

$ r 2.22 
$103.58 $88.22 

$120.32 $112.05 $97.05 
$128.24 $119.40 $103.46 
$ ~17.47 $108.96 $93.72 
$102.12 $94.76 $80,72 

$f 6.32 $80.97 $73.76 

:~:~::: $57.87 $52.52 
$59.73 $54.28 

,113.12 $12.50 $11.48 

$i14.52 $13.92 $12.82 

$73.72 

I 
$60.23 $47.93 

$p3.07 $117.18 $112.62 
$ 14.77 $109.31 $105.08 

$68.94 $56.49 $52.85 
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QJ 

$82.49 $71.84 $56.08 $49.73 
$80.75 $70.42 $55.01 $48.94 
$78.14 $68.29 $53.40 $47.75 

$90,76 $78.09 $63.98 $59.42 
$96,74 $83,25 $68.20 $63.35 
$87.16 $74.19 $59.78 $54.92 
$75.00 $62.77 $49.58 $45.03 

$71.86 $61.37 $48. 21 $43.31 

$45.52 $41.00 $37.82 $37.17 
$47.30 $42.82 $39.68 $38.93 

$10.87 $10.85 $10.70 $11.50 
$12.33 $12.28 $12.12 $12.83 

$36.57 $30.93 $26.42 $25.63 

$107.20 $98.65 $82.68 $68.88 
$100.05 $92.13 $77.25 $64.40 

$56.33 $57,37 $52.74 $47.83 

Q4 

$46.57 
$45.83 
$44.72 

$57.42 
$61,21 
$52.62 
$43.93 

$40.52 

$36.48 
$38.27 

$11.28 
$12.75 

$25.32 

$56.12 
$52.48 

$42.13 

L ___ _ 





QCF (QUARTERLY COAL 
FORECAST) - 200804 

August 2008 

ANNUAL AVERAGE CONTRACT PRICES - REAL 2008 DOLLARS PER TON 
BASECA$E 

Year: 2008 2009 2010 12 
Northern Appalachia 
-1.6%, 13000 BTU $102.89 $87.76 $48.30 $39.56 $38.55 
-1.8%, 13000 BTU $100.86 $86.15 $47.52 $38.93 $38.02 
-2.3%, 13000 BTU $97.81 $83.74 $46.35 $37.99 $37.22 

Central Appalachia 
- .7%, 12500 BTU $105.62 $95.00 $59.38 $56.69 $57.49 
-.7%, 13000 BTU $112.58 $101.28 $63.35 $60.54 $61.38 
-1.0%, 12500 BTU $101.17 $88.92 $53.05 $46.61 $45.52 
-1.5%, 12500 BTU $87.03 $78.23 $45.76 $42.91 $42.92 

Ohio 
-4%, 12500 BTU $79.10 $68.01 $41.52 $34.47 $33.79 

Illinois Basin 
-3%, 11000 BTU {IL) $51.42 $50.52 $36.18 $33.99 $33.51 
-3%, 11000 BTU (KY) $53.56 $52.83 $37.97 $35.77 $35.29 

Powder River Basin 
-.33%, 8400 BTU $12.48 $11.64 $10.94 $10.60 $10.15 
-.35%, 8800 BTU $14.22 $13.33 $12.58 $12.49 $12.13 

Uinta Basin 
-.5%, 11500 BTU $54.94 $47.85 $25.95 $24.48 $23.65 

Foreign Coal: Colombia 
- .7%, 12000 BTU $106.24 $77.80 $64.21 $50.69 $47.44 
- .8%, 11600 BTU $109.29 $95.39 $60.07 $47.55 $44.62 

Petroleum Coke 
-6%/30 HGI, 14000 BTU $64.74 $55.29 $44.20 $37.13 $33.83 

2013 2014 2016 2016 

$37.99 $37.56 $37.33 $37.17 
$37.54 $37.18 $36l97 $36.83 
$36.88 $36.62 $36l44 $36.32 

$57.79 $57.76 $57.16 $56.03 
$61.69 $61.65 $61.02 $59.81 
$44.42 $43.57 $421.97 $42.01 
$42.82 $42.63 $42.28 

I 
$41.43 

$33.49 $33.28 $33r13 
$33.04 

$3.3.13 $32.82 $3~.52 $32.26 
$34.92 $34.62 $3l .34 

$34.09 

$9.86 $9.67 $9.58 $9.54 
$11.92 $11.78 $11'73 $11.72 

$23.54 $23.45 $23.37 $23.29 

$46.16 $45.75 $4~.36 $45.04 
$43.52 $43.24 $42.98 $42.74 

$ J .o5 $32.57 $32.30 $31.84 
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2017 2018 2019 

$37.07 $36.97 $36.92 
$36.75 $36.67 $36.63 
$36.26 $36.22 $36.20 

$55.65 $55.65 $56.03 
$59.40 $59.41 $59.81 
$41.58 $41.40 $41.49 
$41.03 $40.88 $41.01 

$33.00 $32.98 $32.98 

$32.02 $31.82 $31.64 
$33.87 $33.68 $33.51 

$9.56 $9.57 $9.61 
$11.74 $11.77 $11.85 

$23.24 $23.20 $23.19 

$44.79 $44.53 $44.26 
$42.53 $42.33 $42.13 

$31.65 $31.49 $31.33 

2020 

$36.89 
$36.60 
$36.16 

$56.37 
$60.18 
$41.59 
$41.13 

$32.95 

$31.44 
$33.32 

$9.67 
$11.97 

$23.15 

$44.00 
$41.92 

$31.16 



QCF (QUARTERLY COAL 
FORECAST) - 200804 

August 2008 

QUARTERLY CONTRACT PRICES -NOMINAL DOLLARS PER TON 
BASE CASE 

Year: 
Quarter: Q2 

Northern Appalachia 
-1.6%, 13000 BTU $72.06 $108.68 $117.78 $113.06 
-1.8%, 13000 BTU $70.47 $106.55 $115.46 $110.95 
-2.3%, 13000 BTU $68.09 $103.36 $111.99 $107.79 

Central Appalachia 
-.7%, 12500 BTU $75.06 $101.89 $127.37 $118.15 
- .7%, 13000 BTU $80.00 $108.61 $135.77 $125.94 
-1.0%, 12500 BTU $70.81 $97.62 $121.38 $114.88 
-1.5%, 12500 BTU $60.95 $84.22 $103.99 $98.94 

Ohio 
-4%, 12500 BTU $62.05 $81.22 $89.24 $83.89 

Illinois Basin 
-3%, 11000 BTU (IL) $34.05 $51.36 $59.36 $60.92 
-3%, 11000 BTU (KY) $35.90 $53.32 $61.65 $63.38 

Powder River Basin 
-.33%, 8400 BTU $12.11 $12.65 $12.61 $12.56 
- .35%, 8800 BTU $14.06 $14.36 $14.26 $14.22 

Uinta Basin 
-.5%, 11500 BTU $33.12 $49.54 $68.80 $68.29 

Foreign Coal 
-.7%, 12000 BTU $88.57 $117.98 $115.91 $102.50 
-.8%, 11600 BTU $82.66 $114.70 $128.11 $111.67 

Petroleum Coke 
-6%/30 HGI, 14000 BTU $56.16 $64.14 $72.60 $66.06 

$108.62 $94.96 $83.07 $71.68 
$106.61 $93.20 $81.54 $70.41 
$103.60 $90.57 $79.25 $68.51 

$113.67 $102.43 $89.46 $82.34 
$121.18 $109.20 $95.39 $87.81 
$105.44 $96.57 $85.90 $75.19 
$94.23 $83.99 $75.10 $66.10 

$78.73 $72.37 $64.44 $62.17 

$58.58 $54.64 $50.12 $42.93 
$61.08 $57.10 $52.49 $45.04 

$12.84 $12.25 $11.41 $11.01 
$14.59 $14.01 $13.11 $12.72 

$64.28 $52.41 $44.81 $33.89 

$89.16 $81.26 $76.83 $70.43 
$104.12 $100.11 $96.22 $89.05 

$59.46 $55.04 $55.49 $55.77 

$62.31 
$61.26 
$59.68 

$70.32 
$75.01 
$63.36 
$53.80 

$54.05 

$38.48 
$40.42 

$11.00 
$12.75 

$27.56 

$64.61 
$78.09 

$55.53 
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Q3 Qf 

$50.44 $46.95 $41.25 
$49.62 $46.22 $40.61 
$48.39 $45.11 $39.65 

$59.22 $58.69 $58.81 
$63.18 $62.62 $62.76 
$55.92 $51.56 $49.89 
$47.77 $44.38 $44.41 

$43.88 $40.93 $36.68 

$36.27 $35.38 $35.21 
$38.12 $37.20 $37.05 

$10.98 $10.97 $10.90 
$12.78 $12.82 $12.82 

$26.00 $25.34 $25.09 

$60.19 $57.18 $54.44 
$66.65 $54.59 $50.14 

$49.11 $43.48 $40.44 



QCF (QUARTERLY COAL 
FORECAST) - 200804 
JD Energy, Inc. 
BASE CASE 

August 2008 

ANNUAL AVERAGE CONTRA 
BASE CASE 

Year: 
Northern Appalachia 
-1.6%, 13000 BTU 
-1.8%, 13000 BTU 
-2 .3%, 13000 BTU 

Central Appalachia 
- .7%, 12.500 BTU 
-.7%, 13000 BTU 
-1.0%, 12.500 BTU 
-1.5%, 12.500 BTU 

Ohio 
-4%, 12.500 BTU 

Illinois Basin 
-3%, 11000 BTU (IL) 
-3%, 11000 BTU (KY) 

Powder River Basin 
-.33%, 8400 BTU 
-.35%, 8800 BTU 

Uinta Basin 
-.5%, 11500 BTU 

Foreign Coal 
- .7%, 12.000 BTU 
- .8%, 11600 BTU 

Petroleum Coke 
-6%/30 HGI, 14000 BTU 

2021 2022 2023 

$47.63 $48.49 $49.36 
$47.21 $48.07 $48.93 
$46.59 $47.44 $48.28 

$73.32 $75.40 $77.80 
$78.27 $80.51 $83.07 
$53.87 $55.18 $56.68 
$53.29 $54.61 $56.11 

$42.48 $43.27 $44.06 

$40.30 $40.81 $41.30 
$42.75 $43.31 $43.87 

$12.61 $12.91 $13.14 
$15.61 $16.01 $16.33 

$29.83 $30.36 $30.89 

$56.50 $57.35 $58.23 
$53.87 $54.69 $55.55 

$40.02 $40.62 $41.28 

2024 2025 2026 

$50.21 $51.07 $51.97 
$49.77 $50.63 $51.52 
$49.12 $49.96 $50.84 

$80.58 $83.79 $86.85 
$86.06 $89.49 $92.77 
$58.46 $60.49 $62.38 
$57.88 $59.91 $61.80 

$44.85 $45.6.4 $46.46 

$41.77 $42.25 $42.74 
$44.41 $44.95 $45.51 

$13.34 $13.55 $13.77 
$16.64 $16.96 $17.29 

$31.41 $31.94 $32.49 

$59.14 $60.08 $61.09 
$56.43 $57.34 $58.29 

$41.96 $42.69 $43.47 

2027 2028 

$52.89 $53.79 
$52.43 $53.32 
$51.74 $52.62 

$89.54 $92.24 
$95.65 $98.55 
$63.98 $65.59 
$63.41 $65.02 

$47.31 $48.14 

$43.24 $43.72 
$46.07 $46.62 

$13.99 $14.21 
$17.62 $17.96 

$33.05 $33.60 

$62.14 $63.22 
$59.30 $60.33 

$44.30 $45.15 
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2029 2030 

$54.71 $55.63 
$54.23 $55.15 
$53.52 $54.42 

$94.97 $97.76 
$101.47 $104.46 
$67.24 $68.94 
$66.66 $68.35 

$48.98 $49.82 

$44.20 $44.69 
$47.17 $47.72 

$14.43 $14.65 
$18.30 $18.67 

$34.16 $34.73 

$64.30 $65.36 
$61.36 $62.38 

$46.01 $46.85 



QCF (QUARTERLY COAL 
FORECAST) - 200804 

August 2008 

ANNUAL AVERAGE CONTRA 
BASE CASE 

Year: 
Northern Appalachia 
-1.6%, 13000 BTU 
-1.8%, 13000 BTU 
-2.3%, 13000 BTU 

Central Appalachia 
- .7%, 12500 BTU 
-.7%, 13000 BTU 
-1.0%, 12500 BTU 
-1.5%, 12500 BTU 

Ohio 
-4%, 12500 BTU 

Illinois Basin 
-3%, 11000 BTU (IL) 
-3%, 11000 BTU (KY) 

Powder River Basin 
-.33%, 8400 BTU 
-.35%, 8800 BTU 

Uinta Basin 
- .5%, 11500 BTU 

Foreign Coal: Colombia 
-.7%, 12000 BTU 
-.8%, 11600 BTU 

Petroleum Coke 
-6%/30 HGI, 14000 BTU 

$36.92 $36.89 $36.85 
$36.60 $36.57 $36.53 
$36.11 $36.09 $36.05 

$56.83 $57.36 $58.08 
$60.67 $61.24 $62.02 
$41.75 $41.98 $42.32 
$41.31 $41.54 $41.89 

$32.93 $32.92 $32.90 

$31.24 $31.04 $30.83 
$33.13 $32.95 $32.75 

$9.77 $9.82 $9.81 
$12.10 $12.18 $12.20 

$23.12 $23.09 $23.06 

$43.80 $43.63 $43.48 
$41.75 $41.61 $41.47 

$31.02 $30.90 $30.82 

2024 

$36.80 $36.76 $36.73 $36.70 
$36.48 $36.44 $36.42 $36.38 
$36.00 $35.96 $35.94 $35.90 

$59.06 $60.31 $61.39 $62.12 
$63.07 $64.41 $65.57 $66.36 
$42.84 $43.54 $44.09 $44.39 
$42.42 $43.12 $43.68 $44.00 

$32.87 $32.85 $32.84 $32.82 

$30.62 $30.41 $30.21 $30.00 
$32.55 $32.35 $32.17 $31.97 

$9.78 $9.75 $9.73 $9.71 
$12.20 $12.21 $12.22 $12.23 

$23.02 $22.99 $22.96 $22.93 

$43.34 $43.25 $43.18 $43.11 
$41.36 $41.27 $41.20 $41.14 

$30.76 $30.73 $30.73 $30.74 

028 

$36.64 
$36.32 
$35.84 

$62.83 
$67.12 
$44.68 
$44.29 

$32.79 

$29.78 
$31.76 

$9.68 
$12.23 

$22.89 

$43.06 
$41.09 

$30.76 
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2029 2030 

$36.59 $36.54 
$36.27 $36.22 
$35.79 $35.75 

$63.52 $64.21 
$67.87 $68.61 
$44.97 $45.28 
$44.59 $44.90 

$32.76 $32.73 

$29.57 $29.35 
$31.55 $31.35 

$9.65 $9.62 
$12.24 $12.26 

$22.85 $22.81 

$43.01 $42.93 
$41.04 $40.97 

$30.78 $30.77 
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QCF(QUARTERLYCOAL 
FORECAST) - 200804 
JD Energy, Inc. 
HIGH CASE 

August 2008 

~ 
ANNUAL AVERAGE SPOT PRICES- NOMINAL DOLLARS PER TC A14 
ANNUAL AVERAGE SPOT PRICES- REAL 2008 DOLLARS PERT A67 
QUARTERLY SPOT PRICES- NOMINAL DOLLARS PER TON A121 

ANNUAL AVERAGE SPOT PRICES- NOMINAL DOLLARS PER TON 
HIGH CASE 

Year: 2007 2008 2009 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 
Norlhem Appalachia I 
-1.6%, 13000 BTU $46.61 $130.75 $186.80 $166.74 $137.86 $108.77 $96.29 $817.55 $82.29 $82.01 $82.72 $83.69 $84.86 
-1.8%, 13000 BTU $45.85 $128.06 $183.10 $163.80 $135.49 $107.12 $95.01 $8i6.64 $81.48 $81.25 $81.97 $82.97 $84.19 
-2.3%, 13000 BTU $44.71 $124.03 $177.69 $159.31 $131.94 $104.63 $93.10 $8•5.28 $80.27 $80.11 $80.84 $81.90 $83.19 

Central Appalachia 
-.7%, 12500 BTU $46.46 $128.57 $185.30 $163.85 $131.26 $102.12 $92.96 $914.89 $96.99 $99.23 $101.63 $104.07 $106.65 
-.7%, 13000 BTU $49.50 $137.01 $197.50 $174.73 $140.22 $109.03 $99.24 $1011.29 $103.53 $105.92 $108.48 $111.08 $113.84 
-1.0%, 12500 BTU $44.33 $125.00 $179.62 $152.84 $110.84 $82.77 $72.73 $711.79 $73.02 $74.52 $76.16 $77.67 $79.18 
-1.5%, 12500 BTU $40.72 $110.72 $155.49 $127.41 $100.45 $76.72 $69.21 $619.89 $71.70 $73.47 $75.13 $76.64 $78.23 

Ohio 
-4%, 12500 BTU $39.19 $96.15 $146.94 $143.94 $119.69 $94.96 $84.53 

$ T .47 
$72.96 $72.84 $73.54 $74.54 $75.75 

Illinois Basin 
-3%, 11000 BTU (IL) $27.01 $57.55 $83.28 $84.89 $71.53 $70.82 $70.19 $619.75 $69.30 $68.88 $68.45 $68.06 $67.80 
-3%, 11000 BTU (KY) $28.91 . $59.65 $86.08 $88.92 $75.29 $74.55 $73.96 

$ I . 58 
$73.17 $72.79 $72.40 $72.06 $71.84 

Powder River Basin 
- .33%, 8400 BTU $8.36 $12.43 $15.78 $14.43 $13.89 $14.26 $14.55 $14.99 $15.46 $15.95 $16.66 $17.34 $18.08 
-.35%, 8800 BTU $9.85 $14.44 $17.18 $15.84 $16.19 $16.88 $17.49 $~8.20 $18.88 $19.59 $20.45 $21.28 $22.25 

Uinta Basin 
$ J 4.37 -.5%, 11500 BTU $29.93 $65.15 $101.65 $92.01 $81.10 $74.45 $69.14 $59.71 $55.52 $56.49 $57.50 $58.55 

Foreign Coal I 
-.7%, 12000 BTU $62.03 $148.93 $202.88 $193.86 $125.62 $86.67 $74.99 $7•5.37 $76.09 $79.48 $81.92 $84.00 $84.96 
-.8%, 11600 BTU $57.85 $138.90 $189.28 $181.16 $117.62 $81.38 $70.61 .r::· $71.99 $75.41 $77.75 $79.77 $80.78 

Petroleum Coke 
-6%/30 HG!, 14000 BTU $44.90 $78.25 $103.85 $126.98 $93.97 $62,$J4 $52.90 $53.74 $56.21 $57.90 $59.36 $60.08 



QCF(QUARTERLYCOAL 
FORECAST) - 200804 
JD Energy, Inc. 
HIGH CASE 

August 2008 

ANNUAL AVERAGE SPOT PRICES- REAL 2008 DOLLARS PER TON 
HIGH CASE 

Year: 2007 2008 2009 2010 
Northern Appalachia 
-1.6%, 13000 BTU $47.57 $130.75 $182.99 $160.30 
-1.8%, 13000 BTU $46.79 $128.06 $179.37 $157.48 
-2.3%, 13000 BTU $45.62 $124.03 $174.07 $153.16 

Central Appalachia 
- .7%, 12500 BTU $47.41 $128.57 $181.52 $157.52 
- .7%, 13000 BTU $50.52 $137.01 $193.47 $167.98 
-1.0%, 12500 BTU $45.24 $125.00 $175.96 $146.94 
-1.5%, 12500 BTU $41.55 $110.72 $152.32 $122.49 

Ohio 
-4%, 12500 BTU $39.99 $96.15 $143.94 $138.38 

Illinois Basin 
-3%, 11000 BTU (IL) $27.56 $57.55 $81.58 $81.61 
-3%, 11000 BTU {KY) $29.50 $59.65 $84.32 $85.49 

Powder River Basin 
-.33%, 8400 BTU $8.53 $12.43 $15.45 $13.87 
-. 35%, 8800 BTU $10.05 $14.44 $16.83 $15.23 

Uinta Basin 
- .5%, 11500 BTU $30.54 $65.15 $99.58 $88.46 

Foreign Coal: Colombia 
- .7%, 12000 BTU $63.30 $148.93 $198.75 $186.38 
-.8%, 11600 BTU $59.03 $138.90 $185.42 $174.17 

Petroleum Coke 
-6%/ 30 HGI, 14000 BTU $45.82 $78.25 $101.73 $122.08 

2011 2012 2013 2014 2015 

$129.90 $100.37 $87.11 $77.68 $71.63 
$127.67 $98.84 $85.96 $76.87 $70.92 
$124.32 $96.55 $84.22 $75.66 $69.87 

$123.68 $94.23 $84.10 $84.19 $84.42 
$132.12 $100.60 $89.78 $89.87 $90.11 
$104.44 $76.38 $65.80 $63.69 $63.56 

$94.65 $70.79 $62.61 $62.01 $62.40 

$112.78 $87.63 $76.47 $68.73 $63.50 

$67.40 $65.35 $63.49 $61.89 $60.32 
$70.94 $68.79 $66.91 $65.28 $63.69 

$13.08 $13.16 $13.16 $13.30 $13.46 
$15.26 $15.58 $15.82 $16.15 $16.43 

$76.42 $68.70 $62.55 $57.11 $51.97 

$118.37 $79.97 $67.84 $66.87 $66.23 
$110.83 $75.09 $63.88 $63.08 $62.66 

$88.54 $57.61 $47.86 $47.16 $46.77 
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2011J 2017 2018 

$70.05 $69.33 $68.81 
$69.40 $68.70 $68.22 
$68.42 $67.76 $67.34 

$84.75 $85.18 $85.56 
$90.46 $90.93 $91.34 
$63.65 $63.84 $63.87 
$62.75 $62.97 $63.01 

$62.21 $61.64 $61.29 

$58.83 $57.37 $55.96 
$62.17 $60.68 $59.24 

$13.62 $13.97 $14.26 
$16.73 $17.14 $17.50 

$47.42 $47.35 $47.28 

$67.88 $68.66 $69.07 
$64.41 $65.17 $65.59 

$48.01 $48.53 $48.81 

2019 

$68.41 
$67.87 
$67.06 

$85.98 
$91.77 
$63.83 
$63.07 

$61.06 

$54.66 
$57.91 

$14.58 
$17.94 

$47.20 

$68.49 
$65.12 

$48.43 



QCF (QUARTERLY COAL 
FORECAST) - 200804 
JD Energy, Inc. 
HIGH CASE 

August 2008 

QUARTERLY SPOT PRICES - NOMINAL DOLLARS PER TON 
HIGH CASE 

Year: 2008 
Quarter: Q1 Q2 Q3 

Northern Appalachia 
- 1.6%, 13000 BTU $73.12 $106.83 $168.45 
-1.8%, 13000 BTU $72.02 $104.93 $164.11 
-2.3%, 13000 BTU $70.37 $102.07 $157.59 

Central Appalachia 
- .7%, 12500 BTU $73.73 $102.73 $164.85 
-.7%, 13000 BTU $78.58 $109.46 $175.71 
-1.0%, 12500 BTU $70.80 $99.55 $161.12 
-1.5%, 12500 BTU $65.05 $92.03 $138.26 

Ohio 
-4%, 12500 BTU $65.68 $80.68 $113.06 

Illinois Basin 
-3%, 11000 BTU (IL) $31.72 $48.45 $72.55 
-3%, 11000 BTU (KY) $33.63 $50.43 $74.72 

Powder River Basin 
-.33%, 8400 BTU $11.57 $11.53 $13.10 
- .35%, 8800 BTU $13.73 $13.92 $15.00 

Uinta Basin 
-.5%, 11500 BTU $34.37 $50.63 $84.25 

Foreign Coal 
- .7%, 12000 BTU $107.74 $124.32 $178.95 
- .8%, 11600 BTU $100.50 $115.97 $166.86 

Petroleum Coke 
-6%/30 HGI, 14000 BTU $53.01 $66.04 $95.18 

Q4 

$174.60 
$171.20 
$166.11 

$172.95 
$184.31 
$168.91 
$146.00 

$125.17 

$77.50 
$79.83 

$13.50 
$15.10 

$91.35 

$175.28 
$163.45 

$98.76 

2009 
Q1 Q2 Q3 i 

$183.25 $186.15 $190.45 $187.35 
$179.95 $182.72 $186.56 $183.40 
$175.01 $177.58 $180.72 

I.:: $181.44 $185.00 $189.40 
$193.39 $197.15 $201.91 $197.56 
$177.14 $179.91 $182.89 $1~8.00 
$153.99 $156.46 $157.52 $153.15 

+·" $134.62 $138.82 $151.10 

$80.20 $82.50 $85.75 $84.65 
$82.55 $85.16 $88.63 $B7.97 

$14.85 $15.90 $16.35 $16.00 
$16.25 $17.32 $17.68 I::: $98.65 $100.45 $104.55 

$2!18.91 $185.59 $193.47 $219.78 
$173.07 $180.48 $205.08 $21 4.32 

$103.96 $93.27 $103.15 $115.03 

2010 
Q1 

$182.45 
$178.84 
$173.43 

$179.20 
$191.04 
$170.25 
$144.05 

$155.85 

$85.00 
$88.77 

$15.50 
$16.93 

$98.30 

$226.37 
$211.43 

$131.66 
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Q2 Q3 Q4 

$175.00 $161.15 $148.35 
$171.65 $158.58 $145.99 
$166.63 $154.72 $142.46 

$171.10 $159.15 $145.95 
$182.37 $169.70 $155.59 
$159.87 $147.10 $133.75 
$132.59 $120.62 $111.68 

$150.44 $140.35 $129.10 

$84.40 $86.00 $84.15 
$88.57 $90.09 $88.26 

$14.40 $14.00 $13.80 
$15.82 $15.33 $15.27 

$94.45 $89.70 $85.60 

$221.10 $184.51 $142.64 
$206.58 $172.49 $133.40 

$141.03 $128.13 $107.09 



QCF (QUARTERLY COAL 
FORECAST) - 200804 
JD Energy, Inc. 
HIGH CASE 

August 2008 

ANNUALAVERAGESPOTF 
HIGH CASE 

Year: 
Northern Appalachia 
-1.6%, 13000 BTU 
-1.8%, 13000 BTU 
-2.3%, 13000 BTU 

Central Appalachia 
-.7%, 12500 BTU 
-.7%, 13000 BTU 
-1.0%, 12500 BTU 
-1.5%, 12500 BTU 

Ohio 
-4%, 12500 BTU 

Illinois Basin 
-3%, 11000 BTU (IL) 
-3%, 11000 BTU (KY} 

Powder River Basin 
-.33%, 8400 BTU 
-.3 5%, 8800 BTU 

Uinta Basin 
-.5%, 11500 BTU 

Foreign Coal 
-.7%, 12000 BTU 
-.8%, 11600 BTU 

Petroleum Coke 
-6%/30 HGI, 14000 BTU 

2020 2021 2022 2023 

$86.22 $88.06 $89.57 $91.14 
$85.60 $87.30 $88.79 $90.35 
$84.68 $86.15 $87.62 $89.16 

$109.36 $112.00 $114.66 $117.39 
$116.74 $119.56 $122.42 $125.34 

$80.91 $82.50 $84.16 $85.77 
$79.99 $81.59 $83.27 $84.89 

$77.15 $78.52 $79.90 $81.34 

$67.57 $67.22 $66.84 $66.44 
$71.64 $71.33 $70.97 $70.61 

$18.87 $19.71 $20.52 $21.48 
$23.33 $24.40 $25.40 $26.65 

$59.65 $60.71 $61.76 $62.84 

$86.07 $87.04 $88.07 $88.88 
$81.98 $82.97 $83.96 $84.77 

$60.96 $61.68 $62.35 $62.96 

2024 2025 2026 2027 

$92.74 $94.36 $96.04 $97.82 
$91.93 $93.54 $95.20 $96.97 
$90.72 $92.31 $93.95 $95.69 

$120.15 $122.93 $125.78 $128.75 
$128.30 $131.29 $134.34 $137.53 

$87.44 $89.07 $90.65 $92.33 
$86.57 $88.20 $89.79 $91.49 

$82.81 $84.29 $85.83 $87.47 

$65.96 $65.43 $64.90 $64.40 
$70.16 $69.65 $69.14 $68.66 

$22.40 $23.34 $24.33 $25.37 
$27.87 $29.15 $30.47 $31.88 

$63.91 $64.98 $66.06 $67.20 

$89.70 $89.51 $89.30 $90.14 
$85.57 $85.42 $85.22 $86.02 

$63.59 $63.54 $63.48 $64.18 
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2028 2029 2030 

$99.65 $101.52 $103.45 
$98.78 $100.63 $102.55 
$97.48 $99.31 $101.20 

$131.78 $134.84 $137.96 
$140.77 $144.05 $147.41 

$94.00 $95.71 $97.57 
$93.17 $94.89 $96.74 

$89.15 $90.86 $92.63 

$63.83 $63.20 $62.57 
$68.10 $67.50 $66.88 

$26.46 $27.59 $28.78 
$33.35 $34.90 $36.53 

$68.34 $69.49 $70.65 

$91.05 $92.05 $93.07 
$86.89 $87.85 $88.81 

$64.94 $65.80 $66.64 



QCF (QUARTERLY COAL 
FORECAST) - 200804 
JD Energy, Inc. 
HIGH CASE 

August 2008 

ANNUALAVERAGESPOTF 
HIGH CASE 

Year: 
Northern Appalachia 
-1.6%, 13000 BTU 
-1.8%, 13000 BTU 
-2. 3%, 13000 BTU 

Central Appalachia 
- .7%, 12500 BTU 
-.7%, 13000 BTU 
-1.0%, 12500 BTU 
-1. 5%, 12500 BTU 

Ohio 
-4%, 12500 BTU 

Illinois Basin 
-3%, 11000 BTU {IL) 
-3% , 11000 BTU (KY) 

Powder River Basin 
- .33%, 8400 BTU 
-.35%, 8800 BTU 

Uinta Basin 
- .5%, 11500 BTU 

Foreign Coal: Colombia 
- .7%, 12000 BTU 
- .8%, 11600 BTU 

Petroleum Coke 
-6%/30 HGI, 14000 BTU 

2020 

$68.12 
$67.64 
$66.91 

$86.41 
$92.23 
$63.93 
$63.20 

$60.95 

$53.39 
$56.60 

$14.91 
$18.43 

$47.13 

$68.01 
$64.77 

$48.16 

2021 2022 2023 

$68.26 $68.14 $68.05 
$67.66 $67.55 $67.45 
$66.77 $66.66 $66.57 

$86.81 $87.23 $87.64 
$92.67 $93.13 $93.58 
$63.95 $64.02 $64.04 
$63.24 $63.35 $63.38 

$60.86 $60.79 $60.73 

$52.11 $50.84 $49.60 
$55.29 $53.99 $52.72 

$15.28 $15.61 $16.04 
$18.91 $19.32 $19.90 

$47.06 $46.99 $46.91 

$67.47 $66.99 $66.36 
$64.31 $63.87 $63.29 

$47.81 $47.43 $47.00 

2024 2025 2026 

$~7.88 $67.97 $67.92 
$67.38 $67.33 $67.29 
$66.49 $66.44 

$ r 6.41 

$88.06 $88.48 $88.91 
$94.04 $94.50 $94.96 
$64.09 $64.11 

I 
$~4.07 

$63.45 $63.49 l 3.47 

$60.69 $60.67 $1.0.67 

$48.34 $47.09 $1145.87 
$51.42 $50.13 T 8.87 

$16.41 $16.80 $U.19 
$20.43 $20.98 $'21.54 

I 
$46.84 $46.77 $r 6.70 

$65.74 $64.43 ~63.12 
$62.72 $61.48 r··z· 
$46.61 $45.74 144.87 

2027 

$67.87 
$67.28 
$66.39 

$89.33 
$95.42 
$64.06 
$63.48 

$60.69 

$44.68 
$47.64 

$17.60 
$22.12 

$46.62 

$62.54 
$59.68 

$44.53 
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2028 2029 2030 

$67.88 $67.90 $67.95 
$67.28 $67.31 $67.36 
$66.40 $66.43 $66.47 

$89.76 $90.19 $90.62 
$95.88 $96.35 $96.82 
$64.02 $64.02 $64.09 
$63.46 $63.47 $63.54 

$60.72 $60.77 $60.85 

$43.47 $42.27 $41.10 
$46.39 $45.15 $43.93 

$18.02 $18.45 $18.90 
$22.72 $23.34 $24.00 

$46.55 $46.48 $46.41 

$62.02 $61.57 $61.13 
$59.18 $58.76 $58.34 

$44.24 $44.01 $43.77 
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QCF (QUARTERLY COAL 
FORECAST) - 200804 
JD Energy, Inc. 
LOW-CASE 

August 2008 

.t.lill 
ANNUAL AVERAGE SPOT PRICES - NOMINAL DOLLARS PER TOI A14 
ANNUAL AVERAGE SPOT PRICES - REAL 2008 DOLLARS PERT( A67 
,9UARTERLY SPOT PRICES- NOMINAL DOLLARS PER TON A121 

ANNUAL AVERAGE SPOT PRICES- NOMINAL DOLLARS PER TON 
!-OW CAS 

2009 2013 2014 2015 2019 
Northern Appalachia 
-1.6%, 13000 BTU $46.61 $95.68 $49.48 $30.24 $29.04 $28.91 $28.59 $28.21 $27.99 $27.80 $27.64 $28.83 $28.62 
-1.8%, 13000 BTU $45.85 $93.75 $48.52 $29.70 $28.54 $28.47 $28.21 $27.92 $27.71 $27.54 $27.39 $28.58 $28.40 
-2.3%, 13000 BTU $44.71 $90.87 $47.09 $28.89 $27.80 $27.81 $27.64 $27.48 $27.30 $27.15 $27.01 $28.21 $28.06 

Central Appalachia 
- .7%, 12500 BTU $46.46 $93.12 $50.49 $40.76 $39.64 $39.97 $40.54 $41.12 $41.58 $42.11 $42.69 $43.33 $44.01 
-.7%, 13000 BTU $49.50 $99.23 $53.81 $43.47 $42.34 $42.67 $43.28 $43.89 $44.38 $44.95 $45.57 $46.25 $46.97 
-1.0%, 12500 BTU $44.33 $90.53 $48.94 $38.02 $33.47 $32.40 $31.72 $31.11 $31.30 $31.63 $31.99 $32.34 $32.67 
-1.5%, 12500 BTU $40.72 $80.19 $42.37 $31.70 $30.34 $30.03 $30.18 $30.28 $30.74 $31.18 $31.56 $31.91 $32.28 

Ohio 
-4%, 12500 BTU $39.19 $71.60 $38.49 $26.10 $25.21 $25.24 $25.10 $24.96 $24.81 $24.69 $24.57 $25.68 $25.55 

Illinois Basin 
-3%, 11000 BTU (IL) $27.01 $46.30 $38.53 $29.13 $25.54 $25.47 $25.42 $25.45 $25.48 $25.52 $25.57 $25.63 $25.75 
-3%, 11000 BTU (KY) $28.91 $48.07 $39.81 $30.51 $26.88 $26.81 $26.79 $26.85 $26.90 $26.97 $27.04 $27.14 $27.28 

Powder River Basin 
- .33%, 8400 BTU $8.36 $10.60 $8.68 $8.71 $9.05 $8.82 $8.59 $8.42 $8.32 $8.24 $8.27 $8.30 $8.35 
-.35%, 8800 BTU $9.85 $12.51 $10.06 $10.29 $10.55 $10.44 $10.32 $10.23 $10.16 $10.13 $10.15 $10.19 $10.28 

Uinta Basin 
- .5%, 11500 BTU $29.93 $54.25 $40.67 $21.69 $19.51 $18.97 $18.46 $17.96 $17.49 $17.03 $16.60 $16.18 $15.78 

Foreign Coal 
- .7%, 12000 BTU $62.03 $107.87 $55.28 $48.23 $37.94 $33.92 $32.70 $32.66 $32.62 $33.73 $34.41 $34.97 $35.06 
- .8%, 11600 BTU $57.85 $100.60 $51.57 $45.07 $35.52 $31.85 $30.79 $30.81 $30.86 $32.00 $32.66 $33.21 $33.33 

Petroleum Coke 
-6%/30 HGI, 14000 BTU $44.90 $57.93 $28.18 $31.56 $28.38 $24.44 $23.07 $23.04 $23.04 $23.85 $24.32 $24.72 $24.79 



QCF (QUARTERLY COAL 
FORECAST) - 200804 

August 2008 

ANNUAL AVERAGE SPOT PRICES- REAL 2008 DOLLARS PER TON 
LOW CASE 

2007 2008 :iOo9 io1o 
Northern Appalachia 
-1.6%, 13000 BTU $47.57 $95.68 $48.47 $29.07 
-1.8%, 13000 BTU $46.79 $93.75 $47.54 $28.56 
-2.3%, 13000 BTU $45.62 $90.87 $46.13 $27.77 

Central Appalachia 
-.7%, 12500 BTU $47.41 $93.12 $49.46 $39.19 
-.7%, 13000 BTU $50.52 $99.23 $52.72 $41.79 
-1.0%, 12500 BTU $45.24 $90.53 $47.94 $36.56 
-1.5%, 12500 BTU $41.55 $80.19 $41.50 $30.47 

Ohio 
-4%, 12500 BTU $39.99 $71.60 $37.71 $25.09 

Illinois Basin 
-3%, 11000 BTU (IL) $27.56 $46.30 $37.74 $28.00 
-3%, 11000 BTU (KY) $29.50 $48.07 $39.00 $29.33 

Powder River Basin 
-.33%, 8400 BTU $8.53 $10.60 $8.50 $8.38 
- .35%, 8800 BTU $10.05 $12.51 $9.85 $9.89 

Uinta Basin 
-.5%, 11500 BTU $30.54 $54.25 $39.84 $20.85 

Foreign Coal: Colombia 
- .7%, 12000 BTU $63.30 $107.87 $54.15 $46.37 
- .8%, 11600 BTU $59.03 $100.60 $50.52 $43.33 

Petroleum Coke 
-6%/30 HGI, 14000 BTU $45.82 $57.93 $27.61 $30.35 

2011 

$27.37 
$26.90 
$26.19 

$37.35 
$39.90 
$31.54 
$28.58 

$23.76 

$24.07 
$25.33 

$8.52 
$9.94 

$18.38 

$35.75 
$33.47 

$26.74 

2012 2013 

$26.68 $25.87 $2~.03 $24.36 
$26.27 $25.52 $2f.77 $24.12 
$25.66 $25.01 ·r· $23.76 

$36.88 $36.67 $3~.48 $36.19 
$39.37 $39.15 $38.94 $38.63 
$29.89 $28.69 :~p~ $27.25 
$27.71 $27.30 $26.75 

$23.29 $22.71 $21 .15 $21.60 

$23.50 $23.00 $2!2.58 $22.18 
$24.73 $24.24 $21 .82 $23.42 

$8.14 $7.77 $~.47 $7.24 
$9.63 $9.34 $9.08 $8.85 

+· $17.51 $16.70 $15.22 

$31.30 $29.58 $2,8.97 $28.39 
$29.39 $27.86 $27.33 $26.86 

J 0.44 $22.55 $20.87 

I 
$20.05 
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2016 

$23.74 $23.17 $23.70 
$23.52 $22.96 $23.50 
$23.19 $22.64 $23.19 

$35.97 $35.78 $35.63 
$38.39 $38.20 $38.03 
$27.01 $26.82 $26.59 
$26.63 $26.45 $26.24 

$21.09 $20.60 $21.11 

$21.80 $21.43 $21.08 
$23.04 $22.67 $22.31 

$7.04 $6.93 $6.83 
$8.65 $8.51 $8.38 

$14.55 $13.91 $13.30 

$28.81 $28.84 $28.76 
$27.33 $27.38 $27.31 

$20.37 $20.39 $20.32 

$23.07 
$22.89 
$22.62 

$35.48 
$37.87 
$26.34 
$26.02 

$20.59 

$20.76 
$21.99 

$6.73 
$8.28 

$12.72 

$28.26 
$26.87 

$19.99 



QCF (QUARTERLY COAL 
FORECAST) - 200804 
JD Energy, Inc. 
LOW CASE 

August 2008 

QUARTERLY SPOT PRICES -NOMINAL DOLLARS PER TON 

Year: 2008 
Quarter: Q1 Q Q3 

Northern Appalachia 
-1.6%, 13000 BTU $73.12 $106.83 $116.20 
-1.8%, 13000 BTU $72.02 $104.93 $113.20 
-2 .3%, 13000 BTU $70.37 $102.07 $108.71 

Central Appalachia 
-.7%, 12500 BTU $73.73 $102.73 $113.55 
-.7% , 13000 BTU $78.58 $109.46 $121.03 
-1.0% , 12500 BTU $70.80 $99.55 $110.98 
-1.5%, 12500 BTU $65.05 $92.03 $95.23 

Ohio 
-4% , 12500 BTU $65.68 $80.68 $77.99 

Illinois Basin 
-3% , 11000 BTU {IL) $31.72 $48.45 $55.70 
-3% , 11000 BTU (KY) $33.63 $50.43 $57.37 

Powder River Basin 
-.33%, 8400 BTU $11.57 $11.53 $10.10 
-.35%, 8800 BTU $13.73 $13.92 $11.58 

Uinta Basin 
- .5% , 11500 BTU $34.37 $50.63 $69.40 

Foreign Coal 
- .7% , 12000 BTU $107.74 $124.32 $123.27 
- .8%, 11600 BTU $100.50 $115.97 $114.93 

Petroleum Coke 
-6%/30 HGI, 14000 BTU $53.01 $66.04 $65.56 

2009 
Q4 Q1 Q4 

$86.55 $62.40 $51.70 $44.15 $39.65 
$84.87 $61.28 $50.75 $43.25 $38.81 
$82.34 $59.59 $49.32 $41.89 $37.56 

$82.45 $59.95 $53.65 $46.15 $42.20 
$87.86 $63.90 $57.17 $49.20 $44.98 
$80.52 $58.53 $52.17 $44.56 $40.53 
$69.60 $50.88 $45.37 $38.38 $34.87 

$62.05 $45.84 $38.55 $35.03 $34.54 

$49.35 $42.80 $38.80 $37.50 $35.00 
$50.83 $44.05 $40.05 $38.76 $36.37 

$9.20 $8.90 $8.80 $8.60 $8.40 
$10.82 $10.22 $10.22 $9.93 $9.87 

$62.60 $55.35 $46.55 $35.70 $28.45 

$83.56 $61.32 $56.11 $53.55 $49.84 
$77.92 $57.19 $52.34 $49.97 $46.52 

$47.08 $34.35 $27.05 $25.13 $26.19 

2010 
Q1 

$34.20 
$33.52 
$32.51 

$41.00 
$43.71 
$38.95 
$32.96 

$29.21 

$32.00 
$33.42 

$8.50 
$10.00 

$24.95 

$51.79 
$48.37 

$30.12 
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Q2 Q3 Q4 

$31.05 $28.70 $27.00 
$30.46 $28.24 $26.57 
$29.56 $27.56 $25.93 

$40.40 $41.00 $40.65 
$43.06 $43.72 $43.34 
$37.75 $37.89 $37.25 
$31.31 $31.07 $31.10 

$26.69 $25.00 $23.50 

$30.00 $28.00 $26.50 
$31.48 $29.33 $27.80 

$8.40 $9.00 $8.95 
$9.95 $10.60 $10.60 

$22.45 $21.85 $21.00 

$52.21 $47.53 $39.73 
$48.78 $44.44 $37.15 

$33.30 $33.01 $29.83 



QCF (QUARTERLY COAL 
FORECAST) - 200804 
JD Energy, Inc. 
LOW CASE 

August 2008 

Northern Appalachia 
-1.6%, 13000 BTU 
-1.8%, 13000 BTU 
-2 .3%, 13000 BTU 

Central Appalachia 
-.7%, 12500 BTU 
-.7%, 13000 BTU 
-1.0%, 12500 BTU 
-1.5%, 12500 BTU 

Ohio 
-4%, 12500 BTU 

Illinois Basin 
-3%, 11000 BTU (IL) 
-3%, 11000 BTU (KY) 

Powder River Basin 
-.33%, 8400 BTU 
- .35%, 8800 BTU 

Uinta Basin 
- .5%, 11500 BTU 

Foreign Coal 
- .7%, 12000 BTU 
-.8%, 11600 BTU 

Petroleum Coke 
-6%/30 HGI, 14000 BTU 

$28.42 
$28.22 
$27.91 

$44.70 
$47.72 
$33.07 
$32.70 

$25.43 

$25.88 
$27.44 

$8.42 
$10.41 

$15.39 

$35.18 
$33.51 

$24.92 

2022 2023 

$28.3i $28.16 $27.97 
$28.11 $27.92 $27.73 .,.7r $27.55 $27.36 

$45.35 $45.99 $46.65 
$48.411 $49.10 $49.81 
$33.40 $33.76 $34.09 

$33.T $33.40 $33.74 

$25. T 
$25.12 $24.97 

$25.9~ $:26.06 $26.15 

$27.5r $27.68 $27.79 

$8.49 $8.53 $8.54 

$10.510 $10.56 $10.60 

$15.02 $14.67 $14.33 

$35.24 $35.32 $35.32 
$33.59 $33.68 $33.69 

$24.917 $25.01 $25.02 

2024 2025 

$27.78 $27.57 $27.37 $27.18 
$27.54 $27.33 $27.13 $26.94 
$27.17 $26.97 $26.77 $26.59 

$47.31 $47.95 $48.83 $49.75 
$50.52 $51.21 $52.15 $53.13 
$34.43 $34.74 $35.19 $35.67 
$34.08 $34.40 $34.86 $35.35 

$24.80 $24.63 $24.46 $24.30 

$26.21 $26.26 $26.31 $26.38 
$27.88 $27.95 $28.03 $28.12 

$8.54 $8.54 $8.54 $8.54 
$10.63 $10.66 $10.69 $10.73 

$14.00 $13.69 $13.39 $13.10 

$35.32 $34.91 $34.67 $34.83 
$33.69 $33.32 $33.08 $33.24 

$25.04 $24.79 $24.64 $24.80 
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2028 2029 

$26.99 $26.79 $26.59 
$26.75 $26.56 $26.36 
$26.40 $26.21 $26.01 

$50.67 $51.60 $52.55 
$54.13 $55.13 $56.14 
$36.14 $36.63 $37.16 
$35.82 $36.31 $36.84 

$24.14 $23.98 $23.81 

$26.42 $26.46 $26.49 
$28.20 $28.25 $28.31 

$8.55 $8.55 $8.56 
$10.77 $10.82 $10.87 

$12.82 $12.55 $12.30 

$35.01 $35.23 $35.45 
$33.41 $33.62 $33.83 

$24.97 $25.18 $25.38 



QCF (QUARTERLY COAL 
FORECAST) - 200804 
JD Energy, Inc. 
LOW CASE 

August 2008 

ANNUAL AVERAGE SPOT PR/1 

Northern Appalachia 
-1.6%, 13000 BTU 
-1.8%, 13000 BTU 
-2.3%, 13000 BTU 

Central Appalachia 
- .7%, 12500 BTU 
- .7%, 13000 BTU 
-1.0%, 12500 BTU 
-1.5%, 12500 BTU 

Ohio 
-4%, 12500 BTU 

Illinois Basin 
-3%, 11000 BTU (IL) 
-3%, 11000 BTU (KY) 

Powder River Basin 
-.33%, 8400 BTU 
-.35%, 8800 BTU 

Uinta Basin 
- .5%, 11500 BTU 

Foreign Coal: Colombia 
-.7%, 12000 BTU 
-.8%, 11600 BTU 

Petroleum Coke 
-6%/30 HGI, 14000 BTU 

2022 2023 

$22.45 $21.98 $21.42 $20.88 
$22.29 $21.79 $21.24 $20.70 
$22.05 $21.50 $20.96 $20.43 

$35.32 $35.15 $34.99 $34.83 
$37.70 $37.52 $37.35 $37.19 
$26.13 $25.89 $25.68 $25.45 
$25.83 $25.61 $25.41 $25.19 

$20.09 $19.60 $19.11 $18.64 

$20.45 $20.14 $19.83 $19.52 
$21.68 $21.37 $21.05 $20.75 

$6.65 $6.58 $6.49 $6.38 
$8.22 $8.14 $8.04 $7.91 

$12.16 $11.64 $11.16 $10.70 

$27.80 $27.32 $26.87 $26.37 
$26.48 $26.04 $25.62 $25.15 

$19.69 $19.36 $19.03 $18.68 

2025 2028 2027 

$20.36 $19.85 $19.35 $18.86 
$20.18 $19.67 $19.18 $18.69 
$19.92 $19.41 $18.92 $18.45 

$34.67 $34.51 $34.51 $34.51 
$37.02 $36.86 $36.86 $36.87 
$25.23 $25 .01 $24.87 $24.75 
$24.98 $24.76 $24.64 $24.53 

$18.18 $17.73 $17.29 $16.86 

$19.21 $18.90 $18.60 $18.30 
$20.43 $20.12 $19.81 $19.51 

$6.26 $6.15 $6.03 $5.93 
$7.79 $7.68 $7.56 $7.45 

$10.26 $9.85 $9.46 $9.09 

$25.88 $25.13 $24.50 $24.16 
$24.69 $23.98 $23.38 $23.06 

$18.35 $17.84 $17.42 $17.20 
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2028 2029 2030 

$18.38 $17.92 $17.47 
$18.22 $17.76 $17.32 
$17.98 $17.53 $17.09 

$34.51 $34.51 $34.51 
$36.87 $36.87 $36.88 
$24.62 $24.50 $24.41 
$24.40 $24.29 $24.20 

$16.44 $16.04 $15.64 

$18.00 $17.70 $17.40 
$19.21 $18.90 $18.60 

$5.82 $5.72 $5.62 
$7.34 $7.23 $7.14 

$8.73 $8.40 $8.08 

$23.85 $23.56 $23.28 
$22.76 $22.49 $22.22 

$17.01 $16.84 $16.67 



QCF (QUARTERLY COAL 
FORECAST) - 200804 
JD Energy, Inc. 
BUSINESS;~_·AioS~-i;U~SU"A"L:~C"A"'S''E.-------...., 

August 2008 

~ 
NNUAL AVERAGE SPOT PRICES- NOMINAL DOLLARS PER TOI A14 

ANNUAL AVERAGE SPOT PRICES- REAL 2008 D LLARS PERT( A67 

ANNUAL AVERAGE SPOT PRICES- NOMINAL DOLLARS PER TON 

2007 20011 2 010 20 
Northern Appalachia 
-1.6%, 13000 BTU $46.61 $109.29 $100.38 $56.06 $41.01 $42.71 
-1.8%, 13000 BTU $45.85 $107.07 $98.45 $55.05 $40.30 $42.10 
-2 .3%, 13000 BTU $44.71 $103.75 $95.54 $53.54 $39.25 $41.18 

Central Appalachia 
- .7%, 12500 BTU $46.46 $108.30 $105.04 $64.73 $55.26 $59.43 
-.7%, 13000 BTU $49.50 $115.41 $111.96 $69.02 $59.03 $63.45 
-1.0%, 12500 BTU $44.33 $105.29 $101.83 $60.38 $47.70 $48.47 
-1.5%, 12500 BTU $40.72 $93.27 $88.15 $50.33 $42.29 $44.65 

Ohio 
-4%, 12500 BTU $39.19 $81.14 $78.23 $48.35 $35.60 $37.37 

Illinois Basin 
-3%, 11000 BTU {IL) $27.01 $50.75 $54.48 $38.12 $34.09 $34.16 
-3%, 11000 BTU {KY) $28.91 $52.65 $56.29 $39.93 $35.87 $35.94 

Powder River Basin 
-.33%, 8400 BTU $8.36 $11.77 $11.99 $11.08 $10.99 $11.00 
- .35%, 8800 BTU $9.85 $13.78 $13.40 $12.50 $12.84 $12.98 

Uinta Basin 
- .5%, 11500 BTU $29.93 $59.78 $54.61 $27.08 $25.68 $24.64 

Foreign Coal 
- .7%, 12000 BTU $62.03 $125.45 $115.01 $76.58 $54.06 $50.75 
- .8%, 11600 BTU $57.85 $117.00 $107.30 $71.56 $50.62 $47.66 

Petroleum Coke 
·6%/30 HGI, 14000 BTU $44.90 $66.62 $58.65 $50.02 $40.44 $36.56 

2014 

$44.22 $44.53 $45.07 
$43.69 $44.11 $44.67 
$42.90 $43.49 $44.07 

$61.64 $64.04 $65.55 
$61.64 $68.36 $69.97 
$50.82 $48.96 $49.32 
$45.89 $47.17 $48.45 

$38.95 $39.51 $40.06 

$34.32 $34.61 $34.92 
$36.15 $36.49 $36.85 

$10.96 $11.00 $11.09 
$13.11 $13.26 $13.43 

$25.00 $25.40 $25.79 

$52.40 $51.40 $51.40 
$49.34 $48.49 $48.63 

$36.96 $36.26 $36.30 
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$45.62 . $46.23 $46.84 
$45.24 $45.85 $46.48 
$44.67 $45.28 $45.94 

$64.91 $65.34 $66.08 
$69.28 $69.75 $70.53 
$48.72 $48.94 $49.31 
$48.05 $48.30 $48.67 

$40.62 $41.19 $41.81 

$35.26 $35.59 $35.93 
$37.25 $37.62 $38.01 

$11.17 $11.37 $11.54 
$13.61 $13.85 $14.07 

$26.20 $26.61 $27.05 

$51.96 $52.64 $53.33 
$49.30 $49.97 $50.64 

$36.75 $37.21 $37.68 

2019 

$47.55 
$47.21 
$46.70 

$67.80 
$72.38 
$50.32 
$49.73 

$42.52 

$36.28 
$38.41 

$11.74 
$14.36 

$27.57 

$53 .99 
$51.33 

$38.18 



QCF (QUARTERLY COAL 
FORECAST) - 200804 
JD Energy, Inc. 
BUSINESS-AS-USUAL: CASE 

August 2008 

ANNUAL AVERAGE SPOT PRICES- REAL 2008 DOLLARS PER TON 

Year: 2007 2008 2009 2010 
Northern Appalachia 
-1.6%, 13000 BTU $47.57 $109.29 $98.34 $53.89 
-1.8%, 13000 BTU $46.79 $107.07 $96.44 $52.92 
-2 .3%, 13000 BTU $45.62 $103.75 $93.59 $51.47 

Central Appalachia 
-.7%, 12500 BTU $47.41 $108.30 $102.90 $62.23 
-.7%, 13000 BTU $50.52 $115.41 $109.68 $66.36 
-1.0%, 12500 BTU $45.24 $105.29 $99.75 $58.05 
-1.5%, 12500 BTU $41.55 $93.27 $86.35 $48.39 

Ohio 
-4%, 12500 BTU $39.99 $81.14 $76.63 $46.49 

Illinois Basin 
-3%, 11000 BTU (IL) $27.56 $50.75 $53.37 $36.65 
-3%, 11000 BTU (KY) $29.50 $52.65 $55.14 $38.38 

Powder River Basin 
-.33%, 8400 BTU $8.53 $11.77 $11.75 $10.66 
-.35%, 8800 BTU $10.05 $13.78 $13.12 $12.01 

Uinta Basin 
-.5%, 11500 BTU $30.54 $59.78 $53.50 $26.03 

Foreign Coal: Colombia 
-.7%, 12000 BTU $63.30 $125.45 $112.67 $73.63 
-.8%, 11600 BTU $59.03 $117.00 $105.11 $68.80 

Petroleum Coke 
-6%/30 HGI, 14000 BTU $45.82 $66.62 $57.46 $48.09 

2011 

$38.64 
$37.98 
$36.98 

$52.07 
$55.62 
$44.94 
$39.85 

$33.55 

$32.13 
$33.80 

$10.36 
$12.10 

$24.20 

$50.94 
$47.69 

$38.10 

2012 2013 2014 2015 

$39.41 $40.01 $39.51 $39.22 
$38.84 $39.53 $39.14 $38.88 
$38.00 $38.81 $38.58 $38.36 

$54.84 $55.76 $56.82 $57.05 
$58.55 $55.76 $60.65 $60.90 
$44.73 $45.98 $43.44 $42.93 
$41.20 $41.51 $41.85 $42.17 

$34.49 $35.24 $35.05 $34.86 

$31.52 $31.05 $30.71 $30.40 
$33.17 $32.70 $32.38 $32.07 

$10.15 $9.92 $9.76 $9.65 
$11.98 $11.86 $11.76 $11.69 

$22.74 $22.62 $22.54 $22.45 

$46.83 $47.40 $45.61 $44.74 
$43.97 $44.63 $43.02 $42.32 

$33.74 $33.44 $32.17 $31.59 
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2016 2017 2018 

$38.97 $38.75 $38.52 
$38.64 $38.43 $38.22 
$38.15 $37.95 $37.77 

$55.44 $54.77 $54.33 
$59.17 $58.46 $57.99 
$41.61 $41.03 $40.54 
$41.04 $40.48 $40.02 

$34.69 $34.53 $34.38 

$30.12 $29.83 $29.54 
$31.81 $31.53 $31.25 

$9.54 $9.53 $9.49 
$11.63 $11.61 $11.57 

$22.38 $22.30 $22.24 

$44.38 $44.13 $43.85 
$42.11 $41.88 $41.64 

$31.39 $31.19 $30.98 

$38.33 
$38.06 
$37.64 

$54.66 
$58.35 
$40.56 
$40.09 

$34.28 

$29.25 
$30.96 

$9.46 
$11.58 

$22.22 

$43.52 
$41.38 

$30.78 



QCF (QUARTERLY COAL 
FORECAST) - 200804 
JD Energy, Inc. 
BUSINESS~-A+S~·;c.U,;;S',;U"A.-L""C""A""Sc;;E-----. 

August 2008 

ANNUAL AVERAGE SPOT F 
BUSINESS-AS-USUA[ CASE 

Year: 
Northern Appalachia 
-1.6%, 13000 BTU 
-1.8%, 13000 BTU 
-2.3%, 13000 BTU 

Central Appalachia 
-.7%, 12500 BTU 
- .7%, 13000 BTU 
-1.0%, 12500 BTU 
-1.5%, 12500 BTU 

Ohio 
-4%, 12500 BTU 

Illinois Basin 
-3%, 11000 BTU (IL) 
-3%, 11000 BTU {KY) 

Powder River Basin 
- .33%, 8400 BTU 
-.35%, 8800 BTU 

Uinta Basin 
- .5%, 11500 BTU 

Foreign Coal 
- .7%, 12000 BTU 
- .8%, 11600 BTU 

Petroleum Coke 
-6%/30 HGI, 14000 BTU 

2020 202 2022 2023 

$48.29 $47.90 $48.63 $49.41 
$47.98 $47.49 $48.21 $48.98 
$47.51 $46.86 $47.58 $48.33 

$69.46 $70.43 $71.38 $73.35 
$74.15 $75.18 $76.21 $78.31 
$51.38 $51.87 $52.39 $53.60 
$50.81 $51.31 $51.84 $53.04 

$43.28 $42.71 $43.38 $44.09 

$36.68 $37.04 $37.42 $37.81 
$38.85 $39.27 $39.70 $40.14 

$11.94 $12.11 $12.24 $12.41 
$14.69 $14.97 $15.19 $15.45 

$28.11 $28.62 $29.12 $29.65 

$54.66 $54.73 $54.82 $55.54 
$52.06 $52.17 $52.27 $52.97 

$38.71 $38.78 $38.81 $39.34 

202 026 2027 

$50.14 $50.85 $51.60 $52.40 
$49.70 $50.41 $51.15 $51.94 
$49.05 $49.74 $50.47 $51.26 

$75.37 $78.29 $81.40 $83.78 
$80.48 $83.61 $86.94 $89.49 
$54.86 $56.73 $58.68 $60.09 
$54.30 $56.18 $58.12 $59.53 

$44.77 $45.42 $46.11 $46.85 

$38.19 $38.60 $39.00 $39.40 
$40.58 $41.04 $41.50 $41.96 

$12.54 $12.67 $12.81 $12.96 
$15.68 $15.91 $16.15 $16.41 

$30.16 $30.66 $31.18 $31.73 

$56.27 $57.02 $57.81 $58.66 
$53.68 $54.41 $55.17 $55.98 

$39.90 $40.48 $41.09 $41.77 
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028 2029 2030 

$53.17 $53.93 $54.70 
$52.71 $53.46 $54.23 
$52.01 $52.75 $53.51 

$86.17 $88.54 $90.90 
$92.05 $94.59 $97.13 
$61.47 $62.86 $64.29 
$60.92 $62.31 $63.74 

$47.57 $48.27 $48.98 

$39.78 $40.17 $40.58 
$42.40 $42.84 $43.32 

$13.10 $13.23 $13.38 
$16.66 $16.91 $17.17 

$32.27 $32.80 $33.34 

$59.55 $60.46 $61.33 
$56.83 $57.70 $58.52 

$42.48 $43.22 $43.91 



QCF (QUARTERLY COAL 
FORECAST)- 200804 

ANNUAL AVERAGE SPOT F 
BUSINESS-AS-USUAL CASE 

Year: 
Northern Appalachia 
-1.6%, 13000 BTU 
-1.8%, 13000 BTU 
-2.3%, 13000 BTU 

Central Appalachia 
- .7%, 12500 BTU 
- .7%, 13000 BTU 
-1.0%, 12500 BTU 
-1.5%, 12500 BTU 

Ohio 
-4%, 12500 BTU 

Illinois Basin 
-3%, 11000 BTU (IL) 
-3%, 11000 BTU (KY) 

Powder River Basin 
-.33%, 8400 BTU 
-.35%, 8800 BTU 

Uinta Basin 
- .5%, 11500 BTU 

Foreign Coal: Colombia 
- .7%, 12000 BTU 
-.8%, 11600 BTU 

Petroleum Coke 
-6%/30 HGI, 14000 BTU 

2020 

$38.15 $37.13 $37.00 $36.89 
$37.91 $36.81 $36.68 $36.57 
$37.53 $36.32 $36.19 $36.08 

$54.88 $54.59 $54.30 $54.76 
$58.58 $58.28 $57.97 $58.47 
$40.59 $40.21 $39.86 $40.01 
$40.14 $39.77 $39.43 $39.60 

$34.19 $33.11 $33.00 $32.92 

$28.98 $28.71 $28.46 $28.23 
$30.70 $30.44 $30.20 $29.97 

$9.43 $9.39 $9.31 $9.26 
$11.61 $11.60 $11.55 $11.53 

$22.21 $22.18 $22.15 $22.14 

$43.18 $42.42 $41.71 $41.46 
$41.13 $40.44 $39.76 $39.55 

$30.58 $30.06 $29.53 $29.37 

2024 ·s 2026 

$36.75 $36.60 $36.47 
$36.43 $36.28 $36.15 
$35.95 $35.80 $35.68 

$55.24 $56.35 $57.54 
$58.98 $60.18 $61.45 
$40.20 $40.83 $41.47 
$39.80 $40.43 $41.08 

$32.81 $32.70 $32.59 

$27.99 $27.78 $27.57 
$29.74 $29.54 $29.33 

$9.19 $9.12 $9.05 
$11.49 $11.45 $11.41 

$22.10 $22.07 $22.04 

$41.24 $41.04 $40.86 
$39.35 $39.16 $38.99 

$29.24 $29.13 $29.04 

2ti:i 

$36.35 
$36.04 
$35.56 

$58.13 
$62.09 
$41.69 
$41.31 

$32.51 

$27.34 
$29.11 

$8.99 
$11.38 

$22.01 

$40.70 
$38.84 

$28.98 

Docket No. DE 11-250 
Data Request TC01-02-SP02 

Dated 1/11/13 
Q-TC-002-SP02, Page 68 of 68 

2Q2 

$36.22 $36.07 $35.93 
$35.90 $35.76 $35.62 
$35.43 $35.29 $35.15 

$58.69 $59.22 $59.71 
$62.70 $63.27 $63.80 
$41.87 $42.05 $42.23 
$41.50 $41 .68 $41.87 

$32.40 $32.28 $32.18 

$27.10 $26.87 $26.65 
$28.88 $28.66 $28.45 

$8.92 $8.85 $8.79 
$11.35 $11.31 $11.28 

$21.98 $21.94 $21.90 

$40.56 $40.44 $40.28 
$38.71 $38.59 $38.44 

$28.93 $28.91 $28.84 
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1. Executive Summary

A. Background to Report

This 2007 Avoided-Energy-Supply-Component (AESC) report provides projections of
marginal energy supply costs which will be avoided due to savings in electricity, natural
gas, and other fuels resulting from energy efficiency programs offered to customers
throughout New England. These projections were developed in order to support energy
efficiency program decision-making and regulatory filings during 2008 and 2009. The
program administrators will use these projections in their efficiency program decision-
making and regulatory filings in 2008 and 2009.

The 2007 AESC Study updates the 2005 AESC Study to reflect current market conditions
and cost projections. The report provides detailed projections for an initial fifteen year
period beginning in 2007 and escalation rates for another fifteen years from 2022 through
2037. All values are reported in 2007$ unless noted otherwise.

The 2007 AESC Study was sponsored by a group of electric utilities, gas utilities and
other efficiency program administrators (collectively, “program administrators”). The
sponsors, along with non-utility parties and their consultants, formed a 2007 AESC Study
Group to oversee the design and execution of the report. The 2007 AESC sponsors
include Berkshire Gas Company, KeySpan Energy Delivery New England (Boston Gas
Company, Essex Gas Company, Colonial Gas Company, and EnergyNorth Natural Gas,
Inc.), Cape Light Compact, National Grid USA, New England Gas Company, NSTAR
Electric & Gas Company, New Hampshire Electric Co-op, Bay State Gas and Northern
Utilities, Northeast Utilities (Connecticut Light and Power, Western Massachusetts
Electric Company, Public Service Company of New Hampshire, and Yankee Gas), Unitil
(Fitchburg Gas and Electric Light Company and Unitil Energy Systems, Inc.), United
Illuminating, Southern~~~~ Connecticut Gas and Connecticut Natural Gas, the State of Maine,
and the State of Vermont. The following agencies or organizations are represented in the
Study Group: Connecticut Energy Conservation Management Board, Massachusetts
Department of Public Utilities, Massachusetts Division of Energy Resources,
Massachusetts Low-Income Energy Affordability Network (LEAN) and other Non-
Utility Parties, New Hampshire Public Utilities Commission, and Rhode Island Division
of Public Utilities and Carriers.

The 2007 AESC Study Group specified the scope of work, selected the contractor, and
monitored progress of the study. The report was prepared by a project team consisting of
contractors from Synapse Energy Economics (Synapse), Swanson Energy Group and
Resource Insight (Synapse project team). Carl Swanson led the analysis of avoided natural
gas costs and David White was lead investigator on projections of prices of oil and other
fuels. Michael Drunsic was responsible for projecting electricity prices with advice from
Bruce Biewald, Paul Chernick and David White. Doug Hurley provided advice on the
structure and operation of the New England market, including ICAP and LICAP issues.
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Paul Chernick developed zonal avoided electric costs by costing period, including analyses
of DRIPE. Bruce Biewald, Paul Chernick, and Lucy Johnston developed estimates of
environmental externalities. Jennifer Kallay provided research and analytic support
including data collection, literature searches, spreadsheet analyses, documentation, and
drafting. Rick Hornby served as project manager and editor. The Synapse project team
presented its analyses and projections to the 2007 AESC Study Group in nine substantive
analyses, each of which was reviewed in a conference call.

B. Organization of Report

The report provides detailed projections of marginal energy supply costs for an initial
fifteen year period beginning in 2007 and escalation rates for another fifteen years from
2022 through 2037. All values are reported in 2007$ unless noted otherwise.

~1he report is organi~dã~Tollows:

• Chapter 2 - projection of natural gas prices for electric generation as well as a
projection of avoided natural gas costs by retail end-use sector.

• Chapter 3 - projection of crude oil prices.

• Chapter 4 - projection of fuel prices by retail end-use sector.

• Chapter 5 - projection of electric energy prices and a description of the modeling
methodology and assumptions.

• Chapter 6 - projection of avoided electricity costs and a description of the
underlying assumptions.

• Chapter 7 - projection of environmental effects and environmental externalities.

• Appendix A — derivation of common modeling assumptions.

• Appendix B — avoided gas costs in 2007$ and nominal$.

• Appendix C — detailed input assumptions for electric energy price forecasts.

• Appendix D — usage guide for avoided electricity supply costs.

• Appendix E — avoided electricity supply costs in 2007$ and nominal$.

C. Results and Comparison to 2005 AESC

Avoided Costs of Natural Gas to Retail Customers

The 2007 AESC projections of marginal natural gas supply costs to retail customers over
the next fifteen years range from $8.00 to $12.00 per dekatherm (DT) (2007$). The 2007
AESC projections are generally higher than the 2005 AESC projections, shown in
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Exhibit ES-i1. Exceptions to these generally higher results occur in commercial/industrial
non-heating applications in Southern New England and Vermont.

The differences between the 2007 AESC projections and the 2005 AESC projections are
primarily due to a higher projection for natural gas prices, discussed further below. In
addition, AESC 2007 projects a higher avoided retail margin for residential applications,
especially in Northern & Central New England, compared with AESC 2005. The lower
projection of avoided cost in AESC 2007 for commercial and industrial non-heating,
applications in Southern New England is primarily due to a lower projection of avoided
retail margin for that application. The AESC 2007 projection is based upon a volume
weighted average of the estimated avoided margins for the industrial and the commercial
sectors respectively, while the AESC 2005 projection is based only on the estimated
avoided commercial retail margin. This difference in methodology also appears to
explain the lower AESC 2007 estimates of commercial and industrial non-heating
avoided costs in Vermont.

2007 AESC values levelized for 15 years (2008 - 2022) at discount rate of 2.22%. 2005 AESC values
levelized for 15 years (2006 - 2020) at discount rate of 2.03%.
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Exhibit ES-i. Comparison of Levelized Avoided Costs of Gas Delivered to Retail Cus
AESC 2007 (2007$/Dekatherm)

omers by End Use: AESC 2005 and

Source of AESC 2005 levelized retail avoided costs is Exhibit ES-3, page 5, for 15 years le~ielized.
(a) Factor to convert 2005$ to 2007 $ 1.0547
Note: AESC 2005 levelized costs for 15 years, 2005 - 2019. AESC 2007 levelized costs I r 16 years, 2007 - 2022.

RESIDENTIAL
Existing
Heating
3-mon.

Northern & Central New
England

New
Heating
5-mon.

Hot
Water
annual

All
6-mon.

COMMEF~CIAL & INDUSTRIAL
Non

Heating Heating
annual 5-mon.

All
6-mon.

ALL
RETAIL

5-mon.

AESC 2005 (a) $10.60 $10.50 $10.42 $10.50 — $9.49 ~J $9.58 $9.53 T $10.07
AESC 2007 $12.03 $11.85 $10.86 $11.56 $9.78 ] $10.78 $10.48 I $11.27
2005to2007change 13.5% 12.8% 4.2% 10.0% 3.0% 12.6% 9.9% [~j.9%

Southern New England — —

AESC 2005 (a) $10.88 $10.78 $10.66 $10.78 $9.30 $9.42 $9.36 $10.14
AESC 2007 $12.55 $12.32 $11.15 $11.97 $9.12 $10.29 $9.94 $11.18

2005to2007change 15.3% 14.3% 4.5% 11.1% -2.0% 9.2% 6.2% 10.3%

Vermont —

AESC 2005 (a) $9.78 $9.70
AESC 2007 $11.44 $11.20 $10.01 $10.85
2005to2007change 17.0% 15.4% 4.1% 11.8%

$9.62 $9.70 $8.53 II $8.62 $8.57
$8.00 II $9.19 $8.84
-6.2% II 6.7% 3.1%

$9.20
$9.95
8.2%
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Avoided Costs of Electricity to Retail Customers

The 2007 AESC projections of marginal electric energy and capacity costs to retail
customers are substantially higher than those in the 2005 AESC Study. The 15 year
levelized projections2 of marginal electric energy costs from the 2005 and 2007 AESC
studies are shown in Exhibit ES-2.

2 2007 AESC values and AESC 2005 values levelized for 15 years (2008 - 2022) at discount rate of

2.22%.

Synapse Energy Economics — 2007 AESC 1-5



Exhibit ES-2. 15 Year Levelized Avoided Electric Energy Costs - AESC 2005 vs.
AESC 2007 ($2007)

Winter Winter Off Summer Summer
Peak Peak Peak Off-Peak

Enerav Enerciv Enerav Enerav
AESC 2005 $IkWh $IkWh $IkWh $IkWh

Maine (ME) 0.061 0.051 0.054 0.043
Boston (NEMA) 0.064 0.052 0.061 0.044
Rest of Massachusetts (non-NEMA) 0.064 0.052 0.061 0.044
Central & Western Massachusetts (WCMA) 0.064 0.052 0.061 0.044
New Hampshire (NH) 0.063 0.051 0.060 0.044
Rhode Island (RI) 0.064 0.052 0.060 0.045
Vermont (VT) 0.064 0.052 0.061 0.045
Norwalk (NS) 0.068 0.053 0.064 0.045
Southwest Connecticut (SWCT) 0.066 0.053 0.063 0.045
Rest of Connecticut (non-SWCT) 0.066 0.052 0.062 0.045

A~L ~UUI

Maine (ME) 0.084 0.062 0.086 0.060
Boston (NEMA) 0.095 0.069 0.101 0.068
Rest of Massachusetts (non-N EMA) 0.093 0.069 0.098 0.067
Central & Western Massachusetts (WCMA) 0.094 0.070 0.099 0.069
New Hampshire (NH) 0.090 0.067 0.093 0.065
Rhode Island (RI) 0.093 0.068 0.098 0.066
Vermont (VT) 0.096 0.070 0.~01 0.069
Norwalk (NS) 0.099 0.072 0.112 0.071
Southwest Connecticut (SWCT) 0.098 0.072 0.106 0.070
Rest of Connecticut (non-SWCT) 0.097 0.071 0.104 0.069

Change_from_AESC_2005
Maine (ME) 0.023 0.011 0.032 0.017
Boston (NEMA) 0.031 0.017 0.040 0.024
Rest of Massachusetts (non-NEMA) 0.029 0.017 0.038 0.023
Central & Western Massachusetts (WCMA) 0.030 0.018 0.038 0.024
New Hampshire (NH) 0.027 0.015 0.034 0.021
Rhode Island (RI) 0.029 0.016 0.038 0.022
Vermont (VT) 0.032 0.018 0.040 0.025
Norwalk (NS) 0.031 0.019 0.048 0.026
Southwest Connecticut (SWCT) 0.032 0.019 0.043 0.025
Rest of Connecticut (non-SWCT) 0.031 0.019 0.042 0.024

%_Change_from_AESC_2005
Maine (ME) 39% 22% 59% 38%
Boston (NEMA) 48% 33% 66% 54%
Rest of Massachusetts (non-N EMA) 46% 32% 62% 52%
Central & Western Massachusetts (WCMA) 47% 34% 63% 55%
New Hampshire (NH) 43% 30% 56% 48%
Rhode Island (RI) 46% 31% 63% 48%
Vermont (VT) 49% 34% 65% 55%
Norwalk (NS) 46% 37% 75% 58%
Southwest Connecticut (SWCT) 48% 36% 68% 56%
Rest of Connecticut (non-SWCT) 48% 35% 68% 54%
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The 2007 AESC avoided energy costs are about 2.2 cents/kWh higher than the 2005
AESC on an annual average basis, with even higher differentials in peak costing periods.
The major factors underlying those differentials are higher projections of natural gas
production priccs, CO2 regulation compliance costs, and retail supply margins. As
indicated in Exhibit ES-3, those three factors would account for an annual average
differential of about 2.6 cents/kWh assuming a marginal gas-fired unit with a heat rate of
9,500 Btu/kWh.

Exhibit ES-3. Illustrative Calculation of Differential in Avoided Energy Costs —

2007 versus 2005

Differential — Impact on marginal electric energy
2007 AESC supply cost (centslkWh) assuming

Factor versus a gas-fired unit with 9,500 btulkWh

2005 AESC heat rate
Natural Gas Prices ($/MMBtu) 1.25 1.2
CO2 compliance costs $Iton 9.52 0.6
Retail Adder 10% 0.8
Total 2.6

The projections of marginal capacity costs are shown in Exhibit ES-4.

Exhibit ES-4. 15 Year Levelized Avoided Electric Capacity Costs - AESC 2005 vs.
AESC 2007

Annual Market Capacity Value
Zone AESC 2005 AESC 2007 Change
Maine (ME) 50.37 100.30 99%
Boston (NEMA) 77.08 107.30 39%
Rest of Massachusetts (non-NEMA) 72.02 102.60 42%
Central & Western Massachusetts (WCMA) 72.02 102.60 42%
New Hampshire (NH) 72.02 107.30 49%
Rhode Island (RI) 72.02 102.60 42%
Vermont (VT) 72.02 103.70 44%
Norwalk (NS) 81.62 102.60 26%
Southwest Connecticut (SWCT) 7654 107.30 40%
Rest of Connecticut (non-SWCT) 74.81 102.60 37%

The 2007 AESC projections of marginal electric capacity costs are higher than those in
the 2005 AESC due primarily to the assumption that prices in the Forward Capacity
Market (FCM) will be set by gas fired peaking combustion turbines.

Demand-Reduction-Induced Price Effect (“DRIPE”)

Reductions in the quantity of energy and/or capacity that customers will need in the
future due to efficiency and/or demand response programs are expected to result in lower
prices for electric energy and capacity in wholesale markets. This impact of efficiency
programs on market prices is referred to as Demand-Reduction-Induced Price Effect
(DRIPE).

AESC 2007 presents 15-year levelized energy and capacity DRIPE estimates by zone in
Exhibit ES-S below. We recommend that the estimate of capacity DRIPE be updated by
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analyzing actual bids once ISO-NE releases the bids received in the FCM auction in
2008. We also recommend that program administrators include DRIPE values in their
analyses of demand side management (DSM), unless specifically prohibited from doing
so by state or local law or regulation.

Exhibit ES-S. 15 Year Levelized Energy and Capacity DRIPE for Installations in
2008 by Zone

________ Eneroy DRIPE _____________ Capacity

Winterpeak WinterOff-Peak SummerPeak SummerOff-Peak DRIPE
Zone $/kWh $IkWh S/kWh 5/kWh 51kW-yr
Maine (ME) 0.008 0.007 0.013 0.006 22.80
Boston (NEMA) 0.008 0.007 0.016 0.007 22.80
Rest of Massachusetts (non-NEMA) 0.010 0.008 0.018 0.007 24.63
Central & Western Massachusetts (WCMA) 0.009 0.007 0.016 0.006 24.63
New Hampshire (NH) 0.008 0.007 0.014 0.006 22.80
Rhode Island (RI) 0.009 0.007 0.015 0.007 24.63
Vermont (VT) 0.008 0.006 0.014 0.005 22.80

INS) ~0ot0- 0:OtY& w022~ CttTlT ~2463
Southwest Connecticut (SWCT) 0.009 0.008 0.019 0.010 22.80
Rest of Connecticut (non-SWCT) 0.010 0.008 0.022 0.011 24.63

These estimates are very small when expressed in terms of impacts on the market prices
àf energy and capacity, i.e., reductions of a fraction of a percent. These impacts are
projected to dissipate over four to five years as the market reacts to the new, lower level
of energy and capacity required. However, DRIPE impacts are significant when
expressed in absolute dollar terms, since very small impacts on market prices, when
applied to all energy and capacity being purchased in the market, translate into large
absolute dollar amounts. Moreover, consideration of DRIPE impacts can also increase the
cost-effectiveness of DSM programs on the order of 15% to 20%, because the estimated
absolute dollar benefits of DRIPE are being attributed to a relatively small quantity of
reductions in energy and/or capacity.

The AESC 2007 estimates of energy and capacity DRIPE vary by zone. Using West-
Central Massachusetts as an example, the estimate of energy DRIPE in the summer on-
peak period is 1.6 cents/kWh. This compares to an avoided electricity cost of 9.9
cents/kWh for that same zone and costing period. (AESC 2005 did not develop an
estimate of energy DRIPE). Again, using West-Central Massachusetts as an example, the
estimate of capacity DRIPE is $25/kW-year (15 year levelized value in 2007$). This
compares to an avoided capacity cost of 103/kW-year for that same zone and costing
period. (This estimate is between the corresponding 2005 AESC estimates for that zone
of $299/kW-year and $17/kW-year3, which are 15 year levelized values in 2005$.)

Exhibit A2-5, 2005 AESC.
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CO2 Externality

Externalities are impacts from the production of a good or service that are neither
reflected in the price of that good or service nor considered in the decision to provide that
good or service. There are many externalities associated with the production of
electricity, including the adverse impacts of emissions of SO2, mercury, particulates, NO~
and CO2. However, the magnitude of most of those externalities has been reduced over
time, as regulations limiting emission levels have forced suppliers and buyers to consider
at least a portion of their adverse impacts in their production and use decisions. In other
words, a portion of the costs of the adverse impact of most of these externalities has
already been “internalized” in the price of electricity.

AESC 2007 identifies the impacts of carbon dioxide as the dominant externality
associated with marginal electricity generation in New England over the study period for
two main reasons. First, policy makers are just starting to develop and implement
regulations that will “internalize” the costs associated with the impacts of carbon dioxide
from electricity production and other energy uses. The Regional Greenhouse Gas
Initiative and anticipated future federal CO2 regulations will internalize a portion of the
“greenhouse gas externality,” but AESC 2007 projects that the externality value of CO2
will still be high even with those regulations. Second, New England avoided electric
energy costs over the study period are likely to be dominated by natural gas-fired
generation, which has minimal emissions of SO2, mercury, particulates and NON, but
substantial emissions of CO2.

AESC 2007 has developed a projection of annual additional environmental costs
associated with emissions of CO2 in New England. The estimates are equal to the cost of
limiting CO2 emissions to a “sustainability target” level, estimated to be a control cost of
$60/ton, and minus the forecast value of CO2 allowances under the cap and trade
regulations expected over the study period. An additional CO2 environmental cost of
$60/ton translates into an electricity cost adder of approximately 4.0 cents/kWh if a
natural gas generating unit is on the margin. The AESC 2007 estimates of 15-year
levelized CO2 additional environmental costs by zone are presented in Exhibit ES-6
below. As with DRIPE, we recommend that program administrators include CO2
additional environmental costs in their analyses of DSM, unless specifically prohibited
from doing so by state or local law or regulation.

Exhibit ES-6. 15 Year Levelized CO2 Externalities by Zone

Winter Peak Winter Off-Peak Summer Peak Summer Off-Peak

Zone $IkWh $IkWh $IkWh $lkWh

Maine (ME) 0.028 0.027 0.031 0.030
Boston (NEMA) 0.028 0.027 0.031 0.030
Rest of Massachusetts (non-NEMA) 0.028 0.028 0.031 0.030
Central & Western Massachusetts (WCMA) 0.028 0.028 0.031 0.030
New Hampshire (NH) 0.028 0.027 0.031 0.030
Rhode Island (RI) 0.028 0.028 0.031 0.030
Vermont (VT) 0.028 0.027 0.031 0.030
Norwalk (NS) 0.028 0.028 0.031 0.030
Southwest Connecticut (SWCT) 0.028 0.027 0.031 0.030
Rest of Connecticut (non-SWCT) 0.028 0.028 0.031 0.030
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2. Natural Gas Price Forecast
This Chapter provides a projection of natural gas prices for electric generation as well as
a projection of avoided natural gas costs by retail end-use sector.

A. Overview of New England Gas Market

Natural gas arrived later in New England than in much of the rest of America because of
its distance from the major supplies of natural gas in the Southwest. Now, however,
natural gas accounts for approximately 23 percent of New England energy consumption,
which is the same fraction of energy consumption as in the United States as a whole. Gas
consumption has been and is expected to continue to grow in New England with
electricity generation the most rapidly growing sector. Most of the gas purchased by
ons~mers~hrNewEn±is-deFivered-by-Ioeal-cFistributioompanies-(-LDes)-but

some is delivered directly by pipelines, usually to electric generation facilities.

Because of the large seasonal temperature changes in New England and the amount of
heating load, natural gas use is seasonal. On average, about twice as much gas is used in
January than in the summer months. However, much of the summer natural gas
consumption is for electricity generation. Since generators often receive gas directly from
pipelines, the LDCs have a much greater swing of gas load; an LDC’s January gas load
can be five times its summer load. Because of these large swings in gas load, LDCs must
have gas stored in the summer to serve customer gas requirements in the winter. This
stored gas is mostly stored in underground facilities, many of which are depleted natural
gas producing fields. Most of the underground storage facilities that serve the New
England LDCs are located in Pennsylvania, although storage facilities in New York,
Michigan, and Ontario are also used. Since these underground storage facilities are
relatively far from New England, liquefied natural gas (LNG) and propane stored in New
England are used to meet the peak customer requirement on the colder days of the winter.

Originally the natural gas delivered in New England came from the supply areas of
Appalachia or the Southwest. New England’s natural gas supply has diversified; gas also
now comes from western Canada, from Nova Scotia, and by ship as LNG from Trinidad
and Tobago, Nigeria, Algeria, and other LNG exporting countries.

The physical system through which gas is delivered to and within the New England
region, excluding Vermont, currently consists of five pipelines and one liquefied natural
gas terminal. The pipelines are Tennessee, Algonquin, Maritimes & Northeast, Portland
Natural Gas, and Iroquois, and the LNG terminal is owned and operated by Distrigas. A
map of these five pipelines is shown in Exhibit 2-1 below. Distrigas receives LNG by
tanker in Boston Harbor and delivers that supply as gas into Algonquin, the KeySpan
system, the Mystic Electric Generating Station, and as LNG by truck to local distribution
company (LDC) storage tanks throughout the region. The one LDC serving northern
Vermont receives its gas from TransCanada Pipelines at Highgate Springs on the border
with Canada.
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Exhibit 2-1. Pipelines Supplying New England

Tennessee and Algonquin deliver the majority of the natural gas that comes into New
England. These two pipelines also deliver gas directly to a number of electric generating
units and certain very large customers, as well as indirectly through deliveries to LDCs
who in turn distribute that gas to retail customers.

A more extensive discussion of the New England gas industry and gas supply is
published by the Northeast Gas Association (NEGA).4

‘~ Northeast Gas Association, “Statistical Guide to the Northeast U.S. Natural Gas Industry 2006” (NEGA

Statistics 2006).
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B. Forecast Commodity Price of Gas

Development of Henry Hub Natural Gas Price Forecast

The forecasted commodity price of gas in New England begins with a forecast of the
price of gas at the Henry Hub, the most relevant pricing point for US gas supply costs.
Henry Hub natural gas prices make a good starting point for the forecast for numerous
reasons, including: the North American natural gas market is highly integrated, the Henry
Hub is located in the US Gulf Coast area which is the dominant producing region of the
United States, the Henry Hub is the most liquid trading hub with the longest history of
public trading on the New York Mercantile Exchange (“NYMEX”), and market prices of
gas produced in other regions of the United States and Canada reflect Henry Hub prices
with an adjustment for their location — referred to as a basis differential. A basis
differential is defined as the natural gas price in a market location minus the gas price at
the Henry Hub.

Natural gas production forecasts through 2020 in Annual Energy Outlook 2007 (AEO
2007), prepared by the Energy Information Administration (EIA) within the US
Department of Energy, indicate that production from the lower 48 states represents at
least 70% of US supply with the remaining coming from imports via pipeline and imports
via liquified natural gas terminals. AEO 2007 projects an increase in US production to
approximately 80% of total supply by 2020 due to greater forecasted deliveries of
Alaskan natural gas to the lower 48 states beginning in 2018. It also projects a decline in
pipeline imports due to simultaneous declines in Canadian production and increases in
Canadian consumption. AEO 2007 also projects imports of LNG to increase by a factor
of almost six relative to 2005 levels requiring the expansion of existing terminals and the
construction of new terminals. However, even with this increase, LNG will still represent
less than 15% of US supply as shown in the exhibit below.

Exhibit 2-2. Sources of US Natural Gas Supply 2005 and 2020~ (Tel)

2005 2020 (Reference Change 2020Sources of Supply
(actual) Case forecast) vs. 2005

US Production 18.30 20.86 2.56

Imports via Pipeline 3.01 1.65 (1.36)

Imports via LNG 0.57 3.69 3.12

Total 21.87 26.21 4.34

The first step towards projecting New England natural gas prices was to develop an
annual Henry Hub natural gas price forecast. The natural gas price forecast at the Henry
Hub was based on data from the AEO 2007.6 The AEO 2007 was the optimal starting

EJA, AEO 2007, Table A13, page 159.
6 AEO 2007 prices are expressed in 2005$. Those prices are converted into 2007$ using the indexes and

conversion factors specified as major assumptions.
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point because it is public, transparent, and incorporates the long-term feedback
mechanisms of energy prices upon supply, demand, and competition among fuels. AEO
2007 is comprised of 34 different forecast cases, each incorporating different
assumptions.7 The most likely case is called a Reference Case. The Reference Case
assumes US economic growth of 2.9% per year and oil and gas prices that decline from
current levels and then begin a slow rise. By 2030, the AEO 2007 expects the Reference
Case average crude oil prices to be about $59.00 per barrel and US wellhead natural gas
prices to be $5.80 per Mcf in 2007 dollars.

A review of the Henry Hub natural gas prices in AEO 2007 found that none of the AEO
forecasts of Henry Hub gas prices over the long-term were supportable. A major source
of disagreement with the AEO 2007 forecasting was with the ETA’s assumptions about
technological progress in oil and gas finding. As indicated in Exhibit 2-3, the AEO
Reference Case assumes that, relative to actual experience over the past ten years,

• the success rate of oil and gas drilling will improve at a slower pace,

• the finding rates for gas will improve at a faster pace, and

• the costs of drilling wells will decline at a faster rate.

For the reasons presented below, we agree with the ETA’s projections that the success
rate of drilling will improve at a slower pace but we disagree with their projected
improvements in finding rates and drilling costs.

The ETA projections of improvements in finding rates and drilling costs are inconsistent
with recent trends. As shown in Exhibit 2-4, the cost per foot of drilling exploration wells
doubled since the mid-1990s and the cost per foot of development wells more than
doubled from 1995 to 2004. The reserves found per foot drilled for development wells
dropped 40% while the productivity of exploration drilling dropped about two-thirds
since the mid-1990s. Consequently, the drilling cost per Mcf of natural gas reserves
found8 increased from about $0.50 per Mcf in the mid-1990s to over $3.00 per Mcf for
exploratory wells and to slightly under $2.00 per Mcf for development wells (all in
2000$).

The ETA did make some effort to consider observed trends. As stated in the ARO 2007,
“. . .for the AEO 2007 projections, the re-estimations capture all the cost increases and
outcomes for the E & P activity that occurred through December 31, 2004.” However,
analysis and experience indicate that the ETA’s re-estimations were not sufficient to
capture the recent facts and likely future reality regarding oil and gas drilling costs and
productivity over the next several years. This is shown by the large differences between
recent facts and the ETA assumptions about finding rates and drilling costs in Exhibit 2-3.

See AEO 2007 Appendix E and especially Table El, page 212.
8 These drilling costs do not include the costs of buying leases, performing geophysical surveys, or the

costs, including royalty and taxes, of producing gas.
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Exhibit 2-3. Comparison of AEO 2007 Assumptions about Improvements in Gas
Finding Productivity and Drilling Costs (Reference Case) with Actual Data from
1994 to 2004

Average Annual Improvement

Forecast Actual

AEO 2007 1994-96 to
Reference Case 2003-2004

units (a) (b)
Success Rates of Oil and Gas Drilling (Annual Improvement)

Exploratory Wells % per year 0.5 to 1.0 5.0
Development Wells % per year 0.5 1.1

Finding Rates for Gas, Improvement
(Mcf found per successful gas well foot drilled)

Exploratory Wells % per year 0.0 to 3.0 -12.4
Development Wells % per year 1.0 -4.9

Reduction in Drilling Costs
Exploratory Wells % per year 0.9 to 1.0 -8.3
Development Wells % per year 0.9 to 1.0 -9.5

(a) Assumptions to the Annual Energy Outlook 2007, Table 53, page 102.
(b) EIA Annual Energy Review 2005; Tables 4.6, 4.7 and 4.8;

EIA Performance Profiles of Major Energy Producers 2005.

As shown in Exhibit 2-3, AEO 2007 assumed that the success rate of oil and gas drilling
would be less than the rate experienced on average from 1994-1996 through 2003-2004.
However, this assumption merely reflected the fact that success rates are now relatively
high, about 50% for exploratory wells and about 90% for development wells. It is true
that oil and gas drilling technology is improving and there have been a higher percentage
of successful wells over time as evidence of this trend (Exhibit 2-4 provides more detail).
North America is now experiencing a gas drilling boom similar to that of the late 1970s
and early 1980s. After the drilling boom of the late 1970s and early 1980s, drilling costs
did decrease and drilling productivity did increase and such may happen again. Thus, it is
also reasonable to expect that as the number of drilling rigs and experienced crews grows
to fill the demand and as technology and knowledge improves in finding and developing
non-conventional gas reservoirs, declining drilling costs and increasing productivity of
drilling could be experienced in the future.

However, one cannot ignore the reduced finding rate and greater costs of finding gas; it is
simply becoming increasing difficult and expensive to extend existing reservoirs and find
new ones. New reservoirs are smaller, deeper in the sea, in more remote areas, and have
less permeability in the reservoirs. Thus, although technology is improving, the data
show that the difficulty in accessing new or extended reservoirs for gas is offsetting any
gains made through technological improvements.

In addition, the increase in the number of wells and footage drilled has led to price
increases for drilling. These increases have been further exacerbated by price increases
for drilling materials (i.e., steel) caused by worldwide economic growth. In short, further
strong improvement in success rates, especially for development wells, will be difficult.
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AEO 2007’s assumed improvements in finding rates of 0 to 3% per year and reductions
in drilling costs of about 1% per year are not consistent with the actual rates experienced
on average from 1994-1996 through 2003-2004. To the contrary, finding rates over that
period fell sharply and drilling costs escalated sharply.

Exhibit 2-4. US Gas Wells Drilling Productivity (Mcf per foot drilled) and Drilling
Cost of Reserves (2000$ per Mc!)
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Fortunately, AEO 2007 provided alternate scenarios including the Oil and Gas Slow
Technology Case and the Oil and Gas Rapid Technology Case. The AEO 2007 Oil and
Gas Rapid Technology Case had 50% more rapid cost reduction and drilling productivity
improvement than the Reference Case. Conversely, the AEO 2007 Oil and Gas Slow
Technology Case assumed that cost and drilling productivity improvement were 50% less
than the Reference Case. The Oil and Gas Slow Technology Case represents a more
reasonable starting point than the Reference Case. In the Oil and Gas Slow Technology
Case, the EIA continues to assume that technological progress will reduce drilling costs
and increase drilling productivity year after year, contrary to the actual trends shown in
the exhibit above. The recent rates of change for productivity improvements and drilling
cost reductions are negative, not the small but positive numbers assumed by the ETA,
even in its Slow Technology Case. Therefore, the Henry Hub gas price forecast in this
study began with the AEO 2007 Oil and Gas Slow Technology Case forecast, and then
made adjustments to reflect the assumption that drilling costs would continue to increase
or remain high and finding productivity per foot drilled would continue to fall or remain
at current low levels for a while.

In order to develop a forecast that captures the effects of both technological progress and
declining productivity and increasing costs of drilling for and finding natural gas, this
forecast starts with the gas price forecast in the Slow Technology Case in the AEO 2007
and adds to this price the difference in the price between the AEO 2007 Oil and Gas Slow
Technology Case and the AEO 2007 Oil and Gas Rapid Technology Case. The difference
in the two cases represents the difference in the rates of improvement (or decline) in
drilling costs and drilling productivity. This difference, when added to the prices from the
Slow Technology Case, provided a reasonable representation of the reality of increasing
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drilling costs and declining drilling productivity in the recent past and near future. The
result is representative of the Henry Hub natural gas price under “a less than Slow
Technology Case.” In other words, the Henry Hub natural gas price under “a less than
Slow Technology Case” will be above the Slow Technology Case forecast price by the
same differential as the Henry Hub natural gas price under the “Rapid Technology Case”
is below the Slow Technology Case forecast price. A forecast that provides a reasonable
reflection of the likely price impacts of increasing drilling costs and declining drilling
productivity was developed by adding the price differential to the Slow Technology Case
forecast price.

As a check on the validity of this forecast, the forecast prices for 2007-20 12 were
compared to the Henry Hub futures prices from NYMEX.9 Annual averages using actual
monthly NYMEX prices for January through March 2007 and NYMEX futures prices for
April 2007 through December 201210 were calculated. This comparison indicated that
near-term prices forecast under the methodology outlined above for 2007 through 2012
~
expressed in 2007$. Although this is a modest discrepancy, it was determined that the
optimal approach would be to use a combination of Henry Hub futures prices in the near-
term (2007-20 12) and projections derived from the AEO 2007 Oil and Gas Slow
Technology Case described above in the long-term (2013-2022).

ii. Annual Henry Hub Natural Gas Price Forecast

The AESC 2007 Henry Hub annual natural gas price forecast is shown in the exhibit
below relative to the actual Henry Hub prices from 1992 through 2006. Actual Henry
Hub prices were in the $3 .00/MMBtu (2007$) range from 1992 through 1999, and have
increased steadily since then. The AESC 2007 forecast projects that prices decline to the
$6.00 to $7.00/MMEtu range, and then stabilize at that level through 2022.

~ The futures market represents the consensus of market participants who do have a reasonable

knowledge of near-term market and industry facts. See the paper by Adam Sieminski, “Varying Views
on the Future of the Natural Gas Market: Secrets of Energy Price Forecasting,” 2007 EIA Energy
Outlook, Modeling and Data Conference, Washington DC, March 28, 2007. Available at
www.eia.doe.gov/oiaf!aeo/conf/index.htm.

~° As ofMay 2, 2007.

NYMEX ClearPort market prices as of May 2, 2007.
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Exhibit 2-5. Annual Actual and Forecasted Henry Hub Natural Gas Prices
(2007$/MMBtu)
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The AESC 2007 forecast is approximately 9% higher than the AEO 2007 Reference Case
on average over the forecast period as shown in the exhibit below.

Exhibit 2-6. Comparison of Henry Hub Gas Price Forecasts (2007$/MMBtu)
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As indicated in Exhibits 2-5 and 2-6, our forecast of the Henry Hub natural gas price is
almost $1.00 per MMBtu higher in 2008 than in 2007, and then it declines to the year
2013. The projected “bump” in 2008 and the projected decline thereafter are both driven
by the market expectations regarding demand and supply over the next few years.

The higher price in 2008 is a direct reflection of the value that the NYMEX futures
market (as of May 2, 2007) placed on Henry Hub gas in 2008 as compared to 2007. The

MESC 2007 —o—— AESC 2005 —~*.—AEO 2007: Ref. case~
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market’s expectations of a higher price for gas deliveries a year in the future has its origin
in the effects of Hurricane Katrina, which landed on the Gulf Coast on August 29, 2005
and drove up gas prices in the following months dramatically. Prior to that experience,
the NYMEX gas futures “year-out” price was generally the same as the “near-month”
price. However, since Katrina, NYMEX year-out prices have been generally higher than
near-month prices by about $2.00 per MMBtu in 2006 and $1.00 per MMBtu in 2007.

This price spread is based upon the expectation among gas futures traders that 2008
prices will be higher than 2007 prices for several reasons. The market is expecting
continued declines in imports from Canada due to declines in Canadian gas production,’2
interruptions in US production due to an active hurricane season in the Atlantic this
summer and fall, increased gas consumption due to higher than normal summer
temperatures in the United States and high oil prices, decreases in LNG imports due to
increases in demand for LNG in Europe to meet winter demand, and increased US
consumption this winter due to a return to average temperatures after the recent warmer
thai~noi~aLwinteis~

There are several reasons for the decline in the NYMEX gas futures prices for the out
years beyond 2008. Some agree with the view of AEO 2007 that gas prices will decline
from the near term level due to increasing supply resulting from technological
improvements in finding and producing gas in North America. Others may believe that
LNG imports will moderate the North American gas price. Finally, futures prices tend to
decline in the out years to reflect the risk of holding long positions in gas futures.

C. Forecast of High and Low Gas Prices at the Henry Hub

Tn this section higher and lower gas price cases are presented. Similar to the base price
forecast, these forecasts were derived from various price cases presented in AEO 2007.
The volatility of those prices is also discussed.

(a) Higher Price Case

The AESC 2007 higher price case represents a future with the same slow technological
progress in finding oil and gas as in the AESC 2007 base forecast, and fewer oil and gas
resources than expected in the AEO 2007 reference case. We developed the AESC 2007
higher price case by adding to the prices from the AESC 2007 base forecast a projection
of the incremental price impact of a lower projection of natural gas resources. We drew
that projected incremental price impact from an analysis of AEO 2007 forecasts for
various cases.

In addition to its Reference Case, AEO 2007 presents summary results for 33 additional
cases. These cases have widely varying assumptions about economic growth, oil and gas
resources, energy efficiency in consuming sectors, and technological development in the
various energy supply sectors.13 The AEO 2007 case which produced the highest oil and

12 Canada’s National Energy Board, “2007 Summer Energy Outlook” expects 2007 gas production in

Canada to decline about 500 million cubic feet per day from 2006 production.
13 AEO 2007 Appendix E, Exhibit El.
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gas prices is called the “high price case”. In that case, the quantity of oil and gas
resources’4 in the US and worldwide are assumed to be 15 percent less than in the
reference case. This assumption produces a crude oil price of $100/bbl in 2030 compared
with the Reference Case price of $59/bbl in 2030 (all in 2005$).

The difference between the Henry Hub natural gas price forecast under the AEO 2007
high price case and the AEO 2007 reference case is a measure of the impact of the 15
percent reduction in the available oil and natural gas resources. That difference is
$0.63/MMBtu (2005$) in 2010 and $0.75IMMBtu (2005$) in 2020. We used that
differential to develop the AESC 2007 higher price case. Specifically, the AESC 2007
higher gas price case equals the AESC 2007 base forecast price in each year plus the
difference between the AEO 2007 high price case arid reference case in that year. The
resulting AESC 2007 higher price forecast is shown in Exhibit 2-7.

Exhibit 2-7. Forecast Range of Average Henry Hub Natural Gas Prices
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(b) Lower Price Case

For the AESC 2007 lower price case we use the AEO 2007 “low price case” forecast.
That case assumes future levels of oil and natural gas resources 15 percent higher than
under the AEO 2007 reference case. In addition to higher levels of oil and gas resources,
the AEO 2007 low price case differs from the AESC 2007 base price forecast in that it
assumes new oil and gas reserves will be found more easily and at less cost. The AESC
2007 lower price case is also shown in Exhibit 2-7.

0. Representation of Volatility in Gas Commodity Prices

The AESC 2007 natural gas prices forecast (base case, upper case, and lower case)
should be viewed as expected average annual prices. In contrast, actual gas prices are

‘~ Resources are proved reserves plus potential, possible and speculative resources that are recoverable

under adequate economic conditions and current or foreseeable technology.
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volatile. Thus, it is reasonable to expect actual prices to vary around these expected
annual average prices. The upper and lower price cases are not intended to show the
range ofvolatility of gas prices. Gas prices have changed by a factor of two or more
during a year and they can stay above or below the “expected” price for periods longer
than a year.

Pindyck argues that oil, coal, and natural gas prices tend to move toward long-run total
marginal cost.15 This behavior is consistent with the forecast of an average price but with
the expectation that the actual price will vary around the average price in a random
manner with an annual standard deviation of 11% to 14% even while tending to move to
the average. However, Pindyck suggests that the movement of oil and gas prices to a
long-run marginal cost is slow and can take up to a decade.’6

Thus, assuming that the AESC 2007 base price forecast is correct, one should expect that
the random movements in gas prices could send the gas price above the upper gas price
shown in the exhibit above for several months or in some cases for more than a year. For
exanij~1w2Ot5thebase~
increase in that year would make the price $7.00, which is slightly greater than the $6.98
in the higher price forecast. Similarly, random movements could result in actual gas
prices below the forecast price. Random movements could move prices in different
directions from year to year, above and below the prices forecast for those years.

Price spikes are an example ofprice volatility. From time to time, the daily spot or even
the monthly price of natural gas spikes. In New England and in other gas consuming
areas there have been daily price spikes during very cold weather. In addition, natural gas
prices have increased for longer periods. The recent example of Hurricane Katrina in
2005 is illustrative. Katrina hit the Gulf Coast on August 29, 2005. One month earlier on
July 29, 2005 the NYMEX gas futures contract for September 2005 delivery was priced
at $7.885 per MMBtu. On December 13, 2005 the NYMEX January 2006 gas futures
contract settlement price was $15.378. Six months after Katrina struck the Gulf Coast,
that is, on March 1, 2006, the April 2006 gas futures contract was priced at $6.733 per
MMBtu. Subsequently 2006 experienced few hurricanes and on September 27, 2006 the
October 2006 gas futures contract closed at $4.2 10 per MMBtu. But these prices were
short lived and on March 1, 2007 the April 2007 gas futures contract settled at a price of
$7.288. In this example a shock that removed 5 Bcf per day of natural gas supply
produced a strong increase in prices, but prices quickly reversed to more typical levels
and in less than a year gas futures price fell temporarily to a level less than one-third of
the December 2005 peak. Such shocks and gas price volatility should be expected in the
future. Nonetheless, the AESC 2007 base gas price forecast should be viewed as an
average or expected Henry Hub gas price forecast.

‘~ Robert S. Pindyck, “The Long-Run Evolution of Energy Prices,” The Energy Journal, Vol. 20, No. 2

pages 1-27 (1999).
16 Pindyck shows that the random variation is similar to a geometric Brownian motion with an annual

standard deviation of 11 to 14 percent for natural gas, but with a slow movement back toward a mean,
which is related to the long-run total marginal cost of the resource, pages 24-25 and 6.
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An adjustment to the gas price forecast was not developed for price spikes for several
reasons. First, there is little, if any, analytical work publicly available on this issue.
Second, the prices should be used as the basis for avoided energy supply costs in
evaluating the economic value of long-term investments in energy efficiency. It is not
anticipated that the levelized price of gas over the long-term, e.g., 10 to 20 years, would
be materially different if one estimated increases from an occasional one to three day
price spike during a cold snap or even the type of several month gas price increase
following Hurricane Katrina in the fall of 2005. Reasonably high gas prices are already
being forecast for the future, and it is believed that investment decisions are unlikely to
be affected by accounting for price spikes. Moreover, it is also possible that gas prices
could fall below the levels of this forecast (a US recession could lead to a drop in natural
gas prices).

E. Forecast of Price for Electric Generation in New England

The forecast natural gas prices for electric generation in New England consists of three
components. A forecast of the monthly prices at the Henry Hub, a forecast of the “basis”
or cost differential between the Henry Hub and New England, and a forecast of the lateral
commodity charge for the delivery of the gas from the pipeline pricing point to the
generating unit. The derivation of this forecast is outlined below.

i. Monthly Henry Hub Natural Gas Price Forecast

The first step in producing a forecast of monthly gas prices in New England was to
translate the annual Henry Hub natural gas price forecast into a monthly Henry Hub
natural gas price forecast. The monthly NYMEX actual prices from January 2007
through May 2007 and the forecasted prices from June 2007 through December 2012
were used to develop ratios of the prices in each month of a year to the annual average for
that year. These ratios were applied to the forecast of annual prices from 2013 through
2022 to develop forecasts of monthly prices in each of those years.

ii. Monthly New England Regional Natural Gas Price Forecast

The next step was to develop a forecast of the basis, or cost differential, between monthly
spot prices at the Henry Hub and monthly spot prices in New England. Monthly spot
prices in New England are reported at several points, the most representative of which are
Tennessee Gas Pipeline Zone 6 (TGP Z6) and Algonquin Gas Pipeline City Gate
(ALG)’7

For our forecast we assumed that the future regional spot market price in each month of
the study period would equal the forecast Henry Hub price each month plus the historical
average basis differential. The historical average basis differential is equal to the

~ Zone 6 of the Tennessee Gas Pipeline is the section serving New England. Algonquin is a regional

pipeline serving New England.

Synapse Energy Economics — 2007 AESC 2-
12



difference between actual monthly Henry Hub natural gas prices and actual monthly
regional spot prices as reported at TGP Z6 and ALG respectively.

Our analyses indicate that the historical average basis differential is most accurately
represented as a ratio rather than as an absolute differential. Therefore, our forecast of the
regional monthly spot prices, with the exception of Vermont, was calculated by taking
the average of the forecasts for prices of spot gas delivered from TGP Z6 and ALG.

The average of forecast gas prices for these two zones is appropriate for several reasons.
An analysis of spot gas prices delivered from TGP Z6 and ALG between January 2000
and March 2007, presented below, shows no material difference between prices on the
two pipelines in most months, which is not surprising. There is ample opportunity for
price arbitrage between the two pipelines given the number of interconnections between
the two and the number of participants buying and selling gas in the wholesale New
England market every day. If the price on these two pipelines diverges by too much,
arbitrage would reduce the price difference. In addition, arbitration panels rely upon the
average of these two price indices, TGP Z6 and ALG, to represent the market value of
gas in New England for purposes of setting prices under gas supply contracts between gas
producers and generating units.

Exhibit 2-8. Average Actual Basis Differential Ratios -~ TGP Z6 vs. ALG
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Forecast prices for natural gas for electricity generation in Vermont were not developed
because Vermont currently does not have adequate pipeline capacity to support a major
gas-fired generating unit. Currently, Vermont Gas receives gas from TransCanada
Pipelines at Highgate on the Vermont/Canadian border and distributes that gas to
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customers in northern Vermont. It is not connected to the rest of the New England gas
pipeline network.

In order to adjust the Henry Hub natural gas prices as accurately as possible, both actual
monthly basis differentials (the absolute difference between TGP Z6 and ALG and Henry
Hub prices in $/MMBtu) and monthly basis differential ratios (TGP Z6 and ALG versus
Henry Hub prices) were calculated over the period January 2000 — March 2007. Tn the
end, the basis differential ratios were utilized instead of the actual monthly basis
differentials due to the fact that they were more stable over time. The average monthly
basis differential ratios for TGP Z6 and ALG were applied to the monthly forecast of
Henry Hub natural gas prices to develop monthly prices for TGP Z6 and TLG over the
forecast period.

Despite the fact that a basis differential ratio was used to calculate average monthly basis
differentials in AESC 2007 while the actual basis differential was used in AESC 2005,
the two approaches were still comparable. The average monthly basis differentials from
AESC 2005 were compared to the average monthly basis differentials as calculated from
basis differential ratios for AESC 2007 as presented in the exhibit below. The AESC
2007 average monthly basis differentials were substantially higher than the AESC 2005
values in most months. The difference was primarily attributable to the fact that the
AESC 2007 forecast of Henry Hub natural gas prices was higher than the AESC 2005
forecast and that the forecast average monthly basis differentials were calculated from a
ratio rather than from a single absolute difference applied over the forecast period.

Exhibit 2-9. Comparison of Forecast Average Monthly Basis Differentials for Power
Generators (2007$IMMBtu)

AESC AESC AESC AESCAESC 2007 AESC 2007
2005 2007 2005 2007vs AESC vs AESC

Southern (ALG + 2005 Central (ALG + 2005
Month NE TGP Z6)/2 NE TGP Z6)/2

1 3.06 2.44 -20% 2.64 2.44 -8%
2 1.38 2.40 74% 1.26 2.40 90%
3 0.81 1.02 26% 0.76 1.02 350/

4 0.53 0.58 10% 0.47 0.58 22°/
5 0.43 0.56 31% 0.39 0.56 45%
6 0.37 0.57 54% 0.30 0.57 86%
7 0.42 0.60 44% 0.34 0.60 790/

8 0.39 0.53 38% 0.32 0.53 70°/
9 0.33 0.46 43% 0.32 0.46 48°

10 0.39 0.58 48% 0.34 0.58 71°
11 0.53 0.84 60% 0.48 0.84 74%
12 1.20 1.44 20% 0.90 1.44 60%

Lastly, a lateral commodity charge for the delivery of the gas from the pipeline to the
generating plant was added to the forecasted regional gas price. ALG has a firm
transportation rate schedule, AFT-CL, for laterals that connect ALG’s mainline with
several electric generating stations and one manufacturing plant. The 100% load factor
rates for firm service to the electric generating plants under rate schedule AFT-CL range
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in price from $0.0229 to $0.1093 per MMBtu.’8 Considering that the deliveries are likely
to be at less than 100 percent load factor, the $0.07 per MiviBtu lateral charge used in
AESC 2005 was reasonable and was adopted in AESC 2007.

The AESC 2007 Henry Hub annual natural gas price forecast is shown in the exhibit
below relative to the ALG annual natural gas price forecast and the TGP Z6 annual
natural gas price forecast.

Exhibit 2-10. Henry Hub and New England Natural Gas Price Forecasts
(2007$/MMBtu)
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The forecasts of monthly prices for natural gas prices at the Henry Hub, ALG, TGP Z6
and for electric generation in New England are presented in Appendix B.

F. Impact of New Regional Supplies on Regional Price of
Natural Gas

It was thought that the addition of a significant quantity of new supply could put
downward pressure on regional prices by reducing the basis differential of New England
spot gas prices relative to Mid-Atlantic pricing points such as TETCO M-3.’9 New gas
supply is expected to enter New England from one or more of the new LNG import
terminals proposed for Massachusetts as well as from Phase IV of the Maritime and
Northeast Pipeline. Since Encana has announced plans to develop Deep Panuke off Nova
Scotia, and since the Canaport LNG terminal in New Brunswick is under construction, it
is expected that additional gas will be delivered to New England through the Maritimes
and Northeast pipeline. How many, and which of the other proposed LNG terminals will
be completed is uncertain, as is the annual quantity of LNG that will actually be delivered

18 Algonquin Gas Transmission, LLC, FERC Gas Tariff sheets No. 36 and 37 effective October 1, 2006.

19 TETCO M3 is Texas Eastern Transmission Company, market zone 3. Zone M3 includes parts of

Pennsylvania and ends in New Jersey.
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to each terminal.20 Nevertheless, it is reasonable to expect some additional annual
quantity of LNG to be delivered into New England consistent with the national supply
assumptions from AEO 2007 presented earlier in Exhibit 2-2. However, these new
projects will not necessarily result in a major reduction in regional prices for electric
generation in New England, since load is projected to grow in both New England and the
Mid-Atlantic, and since the Mid-Atlantic market is several times larger than New
England as depicted in Exhibit 2-11.

Exhibit 2-li. AEO 2007 Projections of Gas Demand in New England and the Mid-
Atlantic (Bcf per year)

4,000

New England RC&I ~ New England Electric

0 Mid Atlantic RC&I ~ Mid Atlantic Electric

Major reductions in regional prices for electric generation in New England are also not
anticipated since the average monthly basis differential at TETCO M-3 relative to the
1-lenry Hub natural gas price, measured as a ratio to HH prices, is not materially different
from the basis differentials for the corresponding months at the ALG pricing point and is
only slightly less than the TGP Z6 pricing point for most months over the past 7 years.
On average, the ALG average monthly basis differential ratio relative to Henry Hub is
higher than that of TETCO M-3 in the months of January and February. This is not
surprising since TETCO M-3 feeds gas into ALG. The surprise is that the New England
average monthly basis differential ratio relative to Henry Hub is similar to that of TETCO
M-3 in the majority of months.

20 For a discussion of the near-term LNG market and the difficulty of forecasting LNG imports into the

United States see: EIA, “Short-Term Energy Outlook Supplement: U.S. LNG Imports — The Next
Wave,” January 2007.
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Exhibit 2-12. Average Actual Basis Differential Ratios — TGP Z6 vs. ALG vs.
TETCO M-3
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Further analysis indicates that the minimal average monthly basis differential between
New England and the Mid-Atlantic area over the last several years can be explained by
increased supply into New England since 2000. Exhibit 2-13 compares the actual annual
average of gas imports into New England to the average daily gas consumption in New
England during the lowest months of consumption (June through September). As can be
seen for the recent past, imports into New England are close to the daily average
consumption during June — September. Thus, especially during the summer, there is no
need to bring significant gas from the Mid-Atlantic to New England. One would not
expect the New England spot price to be much higher than Mid-Atlantic prices under
these conditions. This is consistent with the findings concerning the prices in New
England and at TETCO M-3 as shown in the figure above.

In order to determine how much of an impact additional supply may have on New
England prices, a scenario in which at least one of the three proposed Massachusetts
terminals is completed, bringing an additional 0.4 Bcf/day of gas to New England, was
analyzed. In this scenario, it was assumed that the existing import pipelines continued to
supply gas as they have recently. It was also assumed that 46% of the gas throughput on
the Iroquois Pipeline was sent to Connecticut and Massachusetts. This estimate was
based upon the fact that in 2007 about 46% of the firm contracts on Iroquois delivered
gas to Connecticut and Massachusetts.2’ It was also assumed that gas consumption in

21 From the Iroquois Pipeline website: www.iroquois.com
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New England during June — September would increase through 2010 and 2020 as
projected by the AEO 2007. The results of this analysis are shown in the exhibit below.

Exhibit 2-13. Average Annual Gas Imports Entering New England Compared to
Average Consumption in Summer (June-September; Bcf per day)

Actual
Average Projection
2004-06 2010 2020

Pipeline Supply (a)
Iroquois Pipeline to NE (c) 0.416 0.391 0.391
PNGTS, Pittsburg, NH 0.070 0.085 0.085
M & N: excluding Canaport LNG ~ Q~Q1. ~2Q1

Pipeline Volumes entering NE first 0.782 0.777 0.777

LNG Imports
Distrigas imports (a) 0.433 0.466 0.466
Canaport Imports to US 0.000 0.500 0.500
One of the proposed Mass. LNG Project Completed 2,.Q~2 Q~2Q QQ

LNG Volumes Entering New England 0.433 1.286 1.366

Total Gas Entering New England First (a) 1.215 2.063 2.143

2002-06
New England Gas Consumption June-Sept (b)

Residential, Commercial & Industrial 0.511 0.590 0.640
Electric Generation 1.140 1.451 1214
New England Consumption June - Sept 1.651 2.041 2.354

(a) Gas supply projections assume no growth in each supply source.
Historical data; EIA Natural Gas Annual 2005 and USDOE Fossil Energy,
Natural Gas Import & Export Regulation.

(b) Gas consumption projections based on 2002-06 actuals and growth rates in
in EIA Annual Energy Outlook 2007.

(c) Fraction of Iroquois supply to New England is the fraction of firm transportation
contracts which deliver to Massachusetts and Connecticut during 2007.

Under these assumptions the projected growth in new supply essentially matches and is
offset by the projected growth in demand. There is no major surplus of imports above
New England summer gas consumption levels in 2010 or 2020. Consequently, there is no
compelling reason to assume that future gas price basis differentials between New
England and the Henry Hub would be materially less in the future than they were in the
past due to the delivery of additional supply from new LNG terminals proposed for New
England and New Brunswick.

To be sure that the impact on pricing is not significant, a second scenario was analyzed
where most or all of the proposed Massachusetts LNG terminals came on line. In this
event, the sum of pipeline and LNG imports into New England could exceed
consumption in New England in summer months. If that were to occur, the excess supply
would need to be transported from New England to the Mid-Atlantic either for direct sale
or injection into storage. This could cause New England spot gas prices to decline
relative to TETCO M-3 prices in those months. However, the decline would likely be on
the order of a few percent because rates for pipeline transportation capacity would be
discounted in the summer and some transportation would be by backhaul and exchange.
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Alternatively, the LNG suppliers might choose not to deliver supplies in excess of New
England demand at a price less than TETCO M-3, and instead sell some of that supply in
markets with higher prices such as Europe.

G. Forecast of Price for Retail Sectors

i. Cost to Supply Natural Gas to LDCs

New England LDCs use three basic supply resources to meet the sendout requirements of
their customers. These resources are (1) gas delivered directly from producing areas via
long-haul pipelines, (2) gas withdrawn from underground storage facilities (most of
which are located in Pennsylvania) and delivered by pipeline, and (3) gas stored as
liquefied natural gas and/or propane in tanks located in the LDC service territories
throughout New England.

The cost of gas d~Ii dIoanLtJCa~ing pipeline transportation and storage facilities
consists of four basic components:

• the cost of the gas commodity, which in this study is the forecast price at the
Henry Hub in Louisiana;

• the fixed demand cost of holding pipeline transportation capacity and of
storage and withdrawal capacity;

• the usage (volumetric) charges for transporting gas on a pipeline and for
storage injections and withdrawals; and

• the fraction (percentage) of volumes of gas received by a pipeline or storage
facility that is retained by the facility for compressor fuel and losses. This fuel
and loss retention increases the cost of gas above the Henry Hub price because
more volumes of gas must be purchased at the Henry Hub than is delivered to
the LDC. In the analysis that follows, the fuel and loss retention is represented
as the ratio of the volumes of gas purchased at the Henry Hub to the volumes
of gas delivered to the LDC.

The LDCs generally own the LNG and/or propane tanks and accompanying liquefaction
and vaporization facilities. Since the bulk of the New England peak gas supply comes
from LNG facilities, AESC 2007 focuses on them although in certain circumstances
propane is the dominant peak gas source. The LDC pays for the construction, financing,
operation and maintenance of the LNG facility as well as the cost of the gas that is loaded
into the tank as LNG.

Because of the significantly increased level of winter season requirements and the
variation in winter day requirements according to temperature, LDCs develop a portfolio
among the three gas supply resources in order to optimize reliability and cost. Generally,
long-haul pipeline transportation is used to meet customer gas requirements each month
of the year and to refill underground storage and sometimes LNG tanks during the
summer months. Much of the increased winter (November - March) gas demand from
customers is met by transporting gas from the underground storage facilities, often
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located in Pennsylvania, to the LDC in New England.22 LNG and propane facilities meet
daily peaking and seasonal requirements during the heaviest demand period, December
through February.

Of those three resources, only long-haul pipeline transportation capacity is used in
multiple applications, i.e., to provide direct supply in winter, to refill underground storage
in summer, and to provide direct supply in summer. As a result, in order to determine the
avoided cost of reductions in loads in various winter and summer periods, we had to
begin by determining how to allocate the demand charges that LDCs incur for that
capacity among those multiple applications. Our analysis of the average use of long-haul
capacity by LDCs, presented in detail below, indicates that in winter months all of this
capacity is used to provide direct supply while in summer months approximately 80% of
this capacity is used to provide direct supply and to refill storage. Based upon that
analysis, our projections of avoided costs are based upon the following allocations of the
demand charges of long-haul pipelines:

• demand charges incurred in winter months are included in the avoided costs of
winter months;

• twenty percent of demand charges incurred in summer months are included in
the avoided costs ofwinter months, corresponding to the approximately 20%
of physical capacity not being used in the summer either to refill storage or
provide direct supply;

• demand charges associated with the quantity of long-haul capacity used to
refill underground storage in summer are included in the avoided costs of gas
stored underground. (The cost of that stored gas is ultimately included in the
avoided costs of winter months);

• demand charges associated with the quantity of long-hail capacity used to
provide direct supply in summer are not included in the avoided costs of
summer months because our analysis indicates that demand charges for this
capacity cannot be avoided.

ii. Sector-Specific Avoided Natural Gas Price Forecast

This section discusses forecasts of the avoided costs of natural gas saved by energy
efficiency programs for the period 2007 through 2022 for both (1) gas delivered to New
England local distribution companies (LDCs) and (2) the avoided cost of gas at the retail
level delivered to end-users of gas. The avoided costs are calculated as a weighted
average cost of the marginal natural gas supply sources during specified seasonal and
peak-day costing periods.

The avoided cost of gas to an LDC is the cost of the marginal source of supply for the
relevant cost period. For this analysis, the long-run avoided cost was estimated because
efficiency improvement is a long-term effect that can allow an LDC to avoid both the

22 LDCs acquire pipeline and storage services through a portfolio of contracts whose terms and conditions

are regulated by the Federal Energy Regulatory Commission (FERC).
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short-run variable costs and also some, but not all, of the long-term fixed costs of gas
supply sources. The marginal cost (avoided cost) was computed for each month and for
the peak day. The avoided cost is the cost of delivering one dekatherm of gas to the LDC
via the three resources in each month. For each of the winter months, November through
March, when gas is supplied by the three resources, the marginal cost is the weighted
average of the costs for each supply source depending upon the fraction of total volumes
of sendout provided by each source. By computing the weighted average, the approach
taken in AESC 2005 was mirrored by assuming that the LDCs have optimized the mix of
supply sources and thus both fixed and variable costs are avoided in the mix of all three
of the supply sources for a long-term efficiency improvement.23

In this forecast, the approach of AESC 2005 was applied in some areas, but not in others.
For example, a different approach was taken when computing the avoided cost of each
cost period. AESC 2007 estimates the avoided cost for each month and averages the
monthly avoided costs.

—SI ii t~ABSC20O5, it was assumed thThfthe marginal source~
LDCs from the Henry Hub is transportation and storage on either of the Tennessee Gas
Pipeline (TGP), for LDCs in Northern and Central New England, or the route of Texas
Eastern Transmission (TETCO) and Algonquin Gas Transmission (AGT), for LDCs in
Southern New England.24 While proposed LNG receiving and re-gasification terminals in
New England and New Brunswick will likely be new gas suppliers to New England, it is
not likely that they will establish the avoided cost of gas supply to New England. Rather,
the price of gas from these new terminals will be set by the price of gas in New England
supplied by TGP and TETCO-ALG.25

23 In a short-run marginal cost analysis only variable costs can be adjusted and thus the avoided cost is

determined by the one supply source which has the highest variable cost.
24 Northern and Central New England is Massachusetts, New Hampshire and Maine; Southern New

England is Connecticut and Rhode Island.
25 Unlike in the past, the Federal Energy Regulatory Commission has decided that LNG terminals will not

need to offer open access services and will be able to sell LNG at market prices. In a similar fashion the
Maritimes & Northeast pipeline expansion is contracted by Repsol YPF, which is the provider of the
LNG to the Canaport LNG terminal in New Brunswick. Thus this LNG will also be sold at market
prices in New England.
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Exhibit 2-14. Comparison of the Levelized26 Avoided Costs for LDCs from AESC
2005 and AESC 2007 (2007$/dekatherm27)

I WINTER
SUMMER

Peak 3 a 6 7 5 6 7 9 __________

Day Months Months Months Months Months Months Months Months Annual

— Dec-Feb Nov-Mar Nov-Apr Oct-Apr May-Sep May-Oct Apr-Oct Mar-Nov Average

AESC 2005 (a)
AESC 2007
Percent difference
2005 to 2007

Northern and Central New England
(b) 10.26 9.15 8.84 8.57
92.72 9.04 8.86 8.56 8.39

na -11.9% -3.2% -3.1% -2.1%

Tennessee Gas Pipeline
6.79 6.77 6.74
7.12 7.16 7.15

4.9% 5.8% 6.1%

(b) 8.06
7.47 7.86

na -2.4%

AESC 2005 (a)
AESC 2007
Percent difference

2005 to 2007

Southern New England
10.88 9.55 9.18
9.41 9.18 8.83

na -13.6% -3.8% -3.7% -2.8%

Texas Eastern & Algonquin Route
6.89 6.87 6.82 (b)
7.14 7.18 7.17 7.54

8.12
8.01

3.7% 4.6% 5.1% na -1.4%

The winter season avoided costs in AESC 2007 are up to 13% less than in AESC 2005.
This is primarily due to differences in the allocation of pipeline demand charges in AESC
2007 as compared to AESC 2005. AESC 2005 allocated all 12 months of pipeline
demand costs to the winter cost periods while AESC 2007 did not. In contrast, as
described in detail earlier in Section 2.G.i., AESC 2007 effectively allocated 5 winter
months of pipeline demand charges, plus the portion of summer month pipeline demand
charges not used for direct supply to summer load, to the winter cost periods.

AESC 2007 summer season avoided costs were up to 7% greater than those in AESC
2005, due mostly to the higher forecast Henry Hub gas price in AESC 2007. In Exhibit 2-
14, the avoided cost in Southern New England is greater than that in Northern and
Central New England due to the greater demand and usage rates of TETCO and AGT
relative to those of TGP. Similar to AESC 2005, AESC 2007 does not include an
allocation of demand charges of long-haul transportation in the avoided costs for the
summer season (April — October).

26 Costs were levelized over the years 2005 — 2025 in AESC 2005 and the years 2007 — 2022 for AESC

2007.
27 One dekatherm (DT) is one million BTU.
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(b)
110.05

8.88
8.63

Source of the AESC 2005 levelized cost is Exhibit 1-19 of the AESC 2005 report, page 38.
(a) Factor to convert 2005$ to 2007 $ 1.0547
(b) Levelized costs were not provided in the AESC 2005 report, Exhibit 1-19.
Note: AESC 2005 levelized costs over the years 2005- 2025. AESC 2007 levelized costs over the years 2007 - 2022.



(a) Representative New England Local Distribution Company

For this avoided cost analysis a representative New England LDC was used to determine ti e fraction of customer requirements met
from each resource each month and the fraction of storage refill in each of the summer moi ths, April through October. The
characteristics of a representative New England LDC are shown in the exhibit below.

Exhibit 2-15. Representative New England Local Gas Distribution Company Monthl~ Characteristics of Send-Out by Source,
Peak Month, and Storage Injection

JUL AUG SEP OCT NOV DEC AN FEB MAR APR MAY JUN
Fractions of LDC Send-out by Source Each Month

Pipeline Deliveries, Long-haul 1.00 1.00 1.00 1.00 0.86 0.64 .50 0.52 0.68 1.00 1.00 1.00
Underground Storage 0.00 0.00 0.00 0.00 0.11 0.33 .40 0.39 0.30 0.00 0.00 0.00
LNG and Propane Peaking Supply 0.00 0.00 0.00 0.00 0.03 0.03 .10 0.09 0.02 0.00 0.00 0.00

Total i.oo 1.00 1.00 1.00 1.00 1.00 .00 1.00 1.00 1.00 1.00 1.00

Fraction of Annual Sendout each Month 0.032 0.034 0.036 0.062 0.096 0.143 0174 0.151 0.114 0.077 0.046 0.035

Monthly Sendout asa Fraction of Peak Month 0.184 0.195 0.207 0.356 0.552 0.822 1000 0.868 0.655 0.443 0.264 0.201

Fraction of Underground Storage Injection by Month 0.170 0.170 0.140 0.100 0.000 0.000 0000 0.000 0.000 0.080 0.170 0.170

Sources:
(a) Cost of Gas Adjustment filings at Department of Public Utilities for Yankee Gas Systems, Connecticut Natural Gas Corn pan Bay State Gas Co., NSTAR and KeySpan Energy.
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The fractions portraying the representative New England LDC were essentially an
average of the data in Cost of Gas Adjustment filings for Yankee Gas Services Company,
Connecticut Natural Gas Corporation, Bay State Gas Company, NSTAR Gas Company
and Keyspan Energy Delivery in New England.

(b) Avoided Cost of Gas from Each of the Three Sources

As described above, the avoided cost (marginal cost) consisted of the commodity cost of
gas, the demand charges of pipeline transportation and storage, the volumetric cash costs
of pipeline transportation and storage, and the fuel and loss retention for the various parts
of bringing gas to an LDC.

(c) Commodity Cost Inputs

For this avoided cost analysis it was assumed that the marginal cost of the gas commodity
was the monthly price of gas at the Henry Hub.

(d) Pipeline Rates

As described above, it was assumed that the marginal source of gas to New England
LDCs is transportation and storage on either of TGP or the route of TETCO and AGT.
The cost for transportation and underground storage is set by the rates charged by these
pipelines and their fuel and loss retention percentages, which are shown in the exhibit
below. It was assumed that these rates and retention percentages would persist for the
forecast period, 2007 —2022. This was the same assumption as in AESC 2005.
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Exhibit 2-16. Pipeline Rates for Transportation and Storage

Demand Usage Fuel & Loss (a)
$/DT/month $/DT Winter Summer

% %
Texas Eastern Transmission, L.P. (b)
Transportation: FT-i WLA - M3 Dec - Mar Apr - Nov

WLA-AAB 2.6030
ELA-AAB 2.1520
Mi-M3 10.5770

Total Demand 15.3320
WLA - M3 usage (c) 0.0590 8.88 7.34

Storage & Transportation: SS-i
Reservation, 5.6560
Space ($/DT/year) 0.1293 0.06 0.06
Injection 0.0324 0.89 0.89
Withdrawal (c) 0.0483 3.93 3.42

Algonquin Gas Transmission LLC (d)
Dec - Mar Apr - Nov

Transportation: AFT-i (FT-i ,WS-1) 6.5854
Usage (c) 0.0128 1.37 0.66

Tennessee Gas Pipeline Company (e)
Nov-Mar Apr-Oct

Transportation FT-A
Zone 1 (LA)to6 15.15 0.1503 7.82 6.67
Zone I (LA)to4 10.77 0.1014 5.90 5.06
Zone4to6 5.89 0.0834 2.17 1.92

Storage FS - Market Area
Reservation 1.15
Space 0.0185
Injection 0.0102 1.49 1.49
Withdrawal 0.01 02

Sources and Notes:
(a) Fuel and loss is applied to volumes received.
(b) FT-i: Tariff Sheet Nos. 30 & 31 effective February 1, 2007 and Sheet Nos. 126 & 127 effective December 1,

SS-i: Tariff SheetNo. 52 effective February 1 2007 and Sheet Nos. 126 & 127 effective December 1, 2006.
(c) Includes ACA charge of $00016 per DT, which are included in TGP listed rates.
(d) AFT-i: Tariff Sheet N~, 22 effective October 1, 2006.
(e) FT-A: Tariff Sheet Nos. 23 effective July 1, 2006, Sheet No. 23A effective October 1 2006 and

Sheet No. 29 effective March 1, 1997; FS: Sheet No. 27 effective July 1, 2006.

(e) Long-haul Pipeline “Cash” Costs

Gas is delivered to the LDC each month by pipelines from producing areas, in this
analysis assumed to be the Henry Hub.28 “Cash cost” means the avoided cost of
transportation arising from pipeline usage charges, which are paid for each dekatherm of
gas transported, and the demand charges allocated to that month, which pay for the
reservation of pipeline capacity whether used or not. The avoided commodity cost of gas
purchased was the price of gas at the Henry Hub that month multiplied by the ratio of the

28 Rate schedules assumed for the long-haul transportation: TETCO, FT-i from zone WLA to zone M3;

AGT, AFT-i (FT-i) and TGP, FT-A from zone ito zone 6.
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Henry Hub volume purchased to one dekatherm of gas delivered to the LDC. Because of
the retention of gas for fuel and loss in both transportation and storage, more than one
dekatherm of gas must be purchased at the Henry Hub in order to deliver one dekatherm
to the LDC.

This ratio of gas volumes purchased at the Henry Hub to one dekatherm of gas delivered
to the LDC was established by the fuel and loss retention percentages of the various
pipeline transportation and storage services used between the Henry Hub and the LDC.
For example, assume that the gas is transported by two pipelines: A and B from the
Henry Hub to the LDC. The fuel and loss percentage is 6% for A (Fa) and 4 percent for
pipeline B (Fb). The fuel and loss amount taken by the pipeline is based on the volumes
received by the pipeline (R) while the demand and usage charges are based on the
volume of gas delivered by the pipeline (D). In order to compute the ratio of gas received
to that delivered the following equations were used:

(1) D=R—FR

(2) D=R(1-F)

(3) R/D= 11(1-F)

For pipeline A; RafDa 1/(1-.06) 1.0638; orRa= 1.0638 Da

For pipeline B; Rb/Db = 1I(1-.04) = 1.0417; or Rb = 1.0417 Db

Since Db is the amount delivered to the LDC, RaIDb or the ratio of the amount to
be purchased in the field to the amount delivered to the LDC is what needs to be
computed.

Since: Rb=Da

Ra 1.0638 Da (1.0638)Rb = (1 .0638)(1.0417)Db

Thus: RafDb = (1 .0638)(1 .0417) = 1.1082

Or: 1.1082 DT of natural gas must be purchased for each DT
delivered.

The exhibit shows the avoided costs by gas source and pipeline route.
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Exhibit 2-17. Comparison of Avoided Costs of Delivering One Dekatherm of Gas to
a New England Local Distribution Company from Three Sources of Natural Gas
and Peak Day

Texas Eastern & Algonquin Tennessee Gas Pipefne
January June January June

units
Pipeline Long~haul to LDC

Total Demand Cost of Gas Delivered to LDC 2007 $/DT $0.98 $0.00 $0.67 $0.00
Total Usage Cash Cost of Gas delivered to LDC 2007 $/DT $0.07 $0.07 $0.15 $0.15
Ratio of Gas Purchased at RH to Gas Delivered to LDC 1.113 1.086 1.085 1.071

Delivered From Underground Storage
Total Demand Cost of Gas Delivered to LDC from UG Storage 2007 $/DT $1.39 $1.16
Total Cash cost for refill + Usage Cost of Gas delivered to LDC 2007 $/DT $0.83 $0.80
Ratio of Gas Purchased to Gas Delivered to LDC 1.149 1.093

LNG Regasified into LDC System
Total Demand Cost of Gas Delivered to LDC for LNG refill 2007 $/DT $0.90 $0.62
Total Usage Cash Cost of Gas delivered to LDC for LNG refill 2007 $/DT $0.09 $0.19
Ratio of Gas Purchased at RH to Regasified Gas at the LDC 1.349 1.331

Peak Day in January From Underground Storage
Pipeline Cash Demand Cost of Gas Delivered to LDC 2007 $/DT $101.73 $84.79
Pipeline Cash Commodity Cost of Gas Delivered to LDC 2007 $/DT $0.83 $0.80
Ratio of Gas Purchased at RH to Gas Delivered to LDC 1.149 1.093

Based on pipeline rates effective April 25, 2007

AESC 2007 computed the demand cost of long-haul transportation differently from
AESC 2005 in the winter period. For the summer period, April — October, AESC 2007
had a similar assumption to AESC 2005, but a different result due to differing
implementation of the assumption. This difference in assumptions is explained in the next
section.

(7) Summer

AESC 2005 assigned no demand charges to the avoided cost during the summer periods
(5, 6, 7 and 9 months) based upon an assumption that the market value of pipeline
capacity release in the summer would be zero. AESC 2007 also assumed that the value of
pipeline capacity release is zero in the summer, but only for the months of April —

October, which is a seven month period. The assumption that demand charges cannot be
avoided in the summer was supported by the basis differentials in the summer between
the Henry Hub and either the ALG gas spot market or the TGP Z6 spot gas market. The
basis differential for each market was enough to cover the usage charges and fuel, but
there was little or no amount remaining to pay for demand charges. This means that an
LDC would continue to pay the full demand charge in each summer month even if the
gas requirements of customers were reduced due to energy efficiency in the summer; thus
the LDC would not avoid the summer pipeline demand charges.

AESC 2005 and AESC 2007 were in agreement that there is no avoided cost of long-haul
pipeline transportation for the 7-month summer period of April — October. This forecast
differs in that AESC 2005 allocated no demand costs to the months of November and
March for the 9-month summer period of March — November. In contrast, AESC 2007
considered November and March part of the winter period and did allocate demand
charges to those two months as described in the next section.

Synapse Energy Economics — 2007 AESC 2-
27



LDCs use their long-haul pipeline transportation in the summer to fill underground, and
sometimes LNG storage. Thus, some long-haul pipeline capacity is needed and used in
the summer in addition the direct transportation to the LDC from the Henry Hub.
Consequently, in AESC 2007 the costs of demand and usage charges and the fuel and
loss fraction for pipeline transportation from the Henry Hub to refill storage were
allocated to the avoided cost of underground storage.

(g) Winter

AESC 2005 assumed that the full twelve months of pipeline demand charges were
assigned to each of the winter periods (3, 5, 6 and 7 months). Thus, saving a dekatherm
each day of a 3-month winter period allows a reduction of twelve months of long-haul
demand charges, and reducing one dekatherm per month over five months reduced
twelve months of demand charges, etc. It was believed that the AESC 2005 assumption
was aggressive since long-haul pipeline transportation is used throughout the year, in part
for storage fill.

Based on the typical New England LDC send-out and storage refill shown in Exhibit 2-
15, approximately 20% of the long-haul pipeline capacity used in the winter period was
not used either for direct transportation to the LDC or for storage refill during the seven-
month summer period. The pipeline transportation demand charges during the summer
for this 20% of unused capacity were allocated to the winter period in order to calculate
avoided costs in AESC 2007.

The use of the long-haul transportation capacity in the winter varies from about 85% in
February and March to 100% in December. In AESC 2007, the pipeline transportation
demand charges, including the 20% from summer demand charges, were allocated to
each of the five winter months according to the use of the capacity by month. As a result,
the avoided transportation demand cost varied among the five winter months with the
month of heaviest use, December, receiving the largest allocation of demand charges.

(Ii) Underground Storage

Natural gas is delivered to the LDC from underground storage during the five winter
months of November through March as shown in Exhibit 2-15. For both lETCO and
TGP, the underground storage is located in Pennsylvania. The avoided cost of
underground storage supply for one dekatherm in January is shown in Exhibit 2-17.

The avoided cost of underground storage included the cost of buying gas at the Henry
Hub, pipeline demand and usage charges to bring gas to the storage facility, the cost of
injection, the demand cost of storage capacity, the demand and variable costs of
withdrawing gas from storage and the demand and variable costs of transporting gas to
the LDC from underground storage.29

29 Rate schedules used in the calculation for the TETCO-AGT route are: TETCO, FT-i zone WLA to

zone M3; storage on TETCO and transportation to AGT, S S-i; and transportation to the LDC on AGT,
AFT-i (WS-i). Rate schedules used in the Tennessee route are: TGP, FT-A zone ito zone 4; storage
on TGP, FS — market area; and transportation to the LDC on TGP, FT-A zone 4 to zone 6.
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The cost of gas injected into storage was the cost of buying gas at the Henry Hub, as
adjusted for fuel and loss retention, plus the cost of transportation to underground storage
including both demand and usage costs at 100% load factor. The cost of the gas injected
into storage was less than the average cost of gas for a year, 0.937 of the annual cost,
because gas is purchased for injection during the summer months when the price of gas is
less than average.

Pipelines bill LDCs demand charges for the capacity LDCs hold for withdrawal of gas
from storage and transportation to the LDC every month of the year. Therefore, in this
study we allocated a full year of withdrawal and transportation demand charges to the
five winter months.3° These annual demand charges were allocated among each of the
five winter months according to the relative quantity of capacity the LDC used in each
month. As shown in Exhibit 2-15, January is the peak send-out month; the other winter
months, especially November and March, experience less send-out. Thus, the demand
cost of unused capacity of storage withdrawal and of transportation capacity from
~

during December through February based on usage each month. Similarly, the unused
capacity during December and February was assigned to the cost of withdrawing and
transporting gas to the LDC in January.

(i) LNG Peak Shaving

There are 46 liquefied natural gas (LNG) tanks in New England in addition to the
Distrigas LNG import terminal. These tanks, and to a lesser extent propane, provide peak
shaving supply for LDCs. The peak shaving avoided costs are based only on LNG in
AESC 2007. These facilities have fixed and variable costs. The estimate of avoided costs
was based on the variable costs only.

The major embedded or accounting costs of LNG send-out for peaking service are the
fixed costs of building the tank, vaporization and liquefaction capacity, and the fixed
costs of operation and maintenance. However, these fixed costs are likely to be
unaffected by reductions in gas demand due to modest-sized efficiency improvement
measures. These fixed costs are sunk costs. Moreover, LNG peaking facilities have
strong economies of scale and thus are lumpy investments. They are likely to be sized to
accommodate growth in gas send-out. In addition, the cost of changing the capacity of
send-out is the cost of vaporization facilities, which is a small portion of the total fixed
costs of the LNG peaking facility. Thus, it was assumed that the avoided cost of LNG
peaking facilities due to efficiency improvements should ignore these fixed costs.

The avoided costs of LNG peaking are the variable costs of the LNG; the cost of gas at
the Henry Hub, costs of pipeline transport to bring gas to the LNG facility, including

30 This is true of the storage and delivery service of TETCO in rate schedule SS-1 as well at withdrawal

from storage and transportation to the LDC on TGP, However, AGT has a winter service, WS, firm
transportation from the interconnection with TETCO to New England LDCs which has demand charges
for only the five winter months. AESC 2007 reflected AGT’s five months of demand charges in its
allocation and calculation.
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pipeline demand charges,3’ and then the variable costs of liquefaction and re
gasification.32 The variable costs of liquefaction and vaporization are principally the gas
that is used in the liquefaction stage and the vaporization stage. It was assumed that fuel
use is 17% for liquefaction and 3% for vaporization.

The estimated avoided cost of LNG peaking service is shown in Exhibit 2-17. The
avoided cost of LNG peaking service was materially different, much smaller, from that of
AESC 2005, which spread the cost of 12 month storage service at the Distrigas LNG
facility over the various winter periods. However, Distrigas no longer offers open access
LNG storage service, and a public tariff and accompanying rates are not currently
available.

(f) Peak-Day Avoided Cost

LNG peaking facilities are generally used to meet the peak-day requirements of a New
England LDC. The fixed costs were excluded from the estimate of the avoided costs for
the LNG facilities. This modest cost, which excludes fixed costs, did not properly capture
the high avoided costs that were expected for peak day service.

Consequently, peak-day avoided costs were estimated based on the costs of underground
storage. It was assumed that underground storage and transportation capacity to the LDC
was needed to meet a one-day peak even though the demand charges are generally paid
for 12 months.33 Thus, in calculating the peak-day avoided cost, the demand charges for
all 12 months were allocated to the one-day peak. The estimate of peak-day avoided costs
is shown in Exhibit 2-17 for both the TETCO-ALG and the TGP routes.

An alternative estimate of the avoided cost of natural gas on a peak-day to a New
England LDC is the spot market price of natural gas in New England on a peak day. The
largest peak-day sendout in New England for the eight years prior to 2007 occurred on
January 15, 2004.~~ During that day the spot price of gas in ALG was $63.42 per
dekatherm, and the spot price at TGP Z6 was $49.81 per dekatherm.

The peak-day avoided cost estimates in AESC 2007 for Southern New England and
Northern and Central New England were slightly less than one-half of the peak-day
avoided cost estimates in AESC 2005.~~ AESC 2005 did not specify how the peak-day
avoided cost was calculated. However, the spot gas prices in New England for the highest
peak-day of the last 8 years supported the estimates of AESC 2007.

31 Rate schedules used for the long-haul transportation of gas in the summer to be liquefied are the same

as those cited for long-haul transportation: TETCO, FT-I from zones WLA to zone M3; AGT, AFT-i
(FT-i) and TGP, FT-A from zone 1 to zone 6.

32 LDC LNG tanks are also filled by hauling imported LNG from the Distrigas facility to the LNG tank by

tanker truck. However, we assume that Distrigas will price this LNG at the LDC’s avoided cost of
liquefaction.

~u In the case of transportation of stored gas to New England on AGT, a winter service is used for which

demand charges are paid for only the five-month winter period.
~ NEGA Statistics 2006, page 59.

~ AESC 2005 Exhibits 1-15 and 1-16, pages 35 and 36.
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(7c) Avoided Cost Forecast by Seasonal Cost Periods

In this step, the avoided costs of natural gas were determined by costing period in two of
the three geographic areas: Northern and Central New England (Massachusetts, New
Hampshire and Maine) and Southern New England (Connecticut and Rhode Island). The
avoided cost forecast for Vermont is presented later in this section. The avoided cost of
natural gas by costing period was calculated as the average of the avoided cost in each of
the months that comprise the costing period. As described earlier, the avoided cost in any
month was calculated as the weighted average of the avoided cost of gas delivered to the
LDC from each of the three sources: long-haul pipeline, underground storage, and LNG
storage.

The weightings each month are shown in Exhibit 2-15 above.36

As was done in AESC 2005, it was assumed that the avoided cost in Southern New
England was the cost of gas delivered to LDCs by the Texas Eastern and Algonquin
~

in Northern and Central New England was provided by Tennessee Gas Pipeline.

The avoided cost forecast by seasonal cost periods for Southern New England is shown in
Exhibit 2-18. Also shown is the annual Henry Hub forecast price of natural gas. Other
than for the peak-day, the commodity cost of gas based on the Henry Hub price was the
largest component of the avoided cost.

Similarly, Exhibit 2-19 shows the avoided cost of natural gas delivered to LDCs in
Northern and Central New England via the Tennessee Gas Pipeline.

36 The summer periods all fall within a single calendar year; thus, the commodity cost of gas is based on

the Henry Hub price for that calendar year. However, the winter periods span calendar years. The
majority of gas delivered in the winter is from LNG and underground storage, which was purchased
during the previous summer. Thus, we assume that the commodity cost of gas is based on the Henry
Hub price from the year in which the winter delivery period begins.
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Exhibit 2-18. Avoided Costs of Gas Delivered to LDCs via Texas Eastern and ALG
Pipelines by Season and Cost Period (2007$/dekatherm)

WINTER SUMMER
Peak 3 5 6 7 5 6 7 9 Annual

Year Day Months Months Months Months Months Months Months Months Annual Henry Hub
Dec-Feb Nov-Mar Nov-Apr Oct-Apr May-Sep May-Oct Apr-Oct Mar-Nov Average Price

2007 110.87 10.28 10.05 9.68 9.47 7.91 7.95 7.94 8.33 8.82 7.71
2008 111.88 11.37 11.13 10.74 10.51 8.86 8.91 8.90 9.31 9.82 8.65
2009 111.35 10.80 10.56 10.18 9.97 8.36 8.41 8.39 8.80 9.30 8.16
2010 110.79 10.20 9.97 9.60 9.39 7.84 7.88 7.87 8.26 8.74 7.65
2011 110.31 9.68 9.46 9.10 8.89 7.38 7.43 7.41 7.79 8.26 7.20

2012 109.95 9.29 9.07 8.72 8.52 7.04 7.08 7.07 7.44 7.90 6.86
2013 109.28 8.58 8.36 8.02 7.83 6.41 6.45 6.44 6.79 7.24 6.24
2014 109.34 8.64 8.42 8.09 7.89 6.47 6.51 6.50 6.85 7.30 6.30
2015 109.29 8.59 8.37 8.04 7.84 6.42 6.46 6.45 6.80 7.25 6.25
2016 109.44 8.75 8.53 8.19 7.99 6.56 6,60 6.59 6.95 7.40 6.39

2017 109.70 9.03 8.81 8.47 8.27 6.81 6.85 6.84 7.20 7.66 6.64
2018 109.62 8.94 8.72 8.38 8.18 6.73 6.77 6.76 7.12 7.58 6.56
2019 109.58 8.89 8.67 8.33 8.13 6.69 6.73 6.72 7.08 7.53 6.52
2020 109.70 9.03 8.81 8.47 8.26 6.81 6.85 6.84 7.20 7.66 6.63
2021 109.81 9.15 8.92 8.58 8.38 6.91 6.95 6.94 7.31 7.77 6.73
2022 110.08 9.43 9.21 8.86 8.65 7.16 7.21 7.19 7.57 8.03 6.98

Levelized 2008-22 (a) 110.055 9,408 9.183 8.833 8,628 7.141 7.184 7.170 7,543 8,009 6,961

(a) Real (constant $) riskless annual rate of return in %: 2.2165%

Exhibit 2-19. Avoided Costs of Gas Delivered to LDCs via TGP Pipeline by Season
and Cost Period (2007$/dekatherm)

WINTER SUMMER
Peak 3 5 6 7 5 6 7 9 Annual

Year Day Months Months Months Months Months Months Months Months Annual Henry Hub
Dec-Feb Nov-Mar Nov-Apr Oct-Apr May-Sep May-Oct Apr-Oct Mar-Nov Average Price

2007 93,49 9.89 9.71 9.40 9.22 7.88 7.92 7,91 8,25 8.66 7,71
2008 94.45 10.96 10.77 10,44 10,25 8.82 8,87 8.85 9.22 9,65 8.65
2009 93,95 10.40 10.22 9.89 9.71 8.32 8.37 8.36 8,71 9.13 8,16
2010 93,42 9,81 9.64 9.32 9.15 7.81 7.86 7.84 8,18 8.59 7.65
2011 92.96 9,31 9,13 8,83 8.65 7,36 7.40 7.39 7.72 8.12 7,20

2012 92.62 8,92 8.75 8.45 8,28 7.02 7.06 7.05 7.37 7.76 6,86
2013 91.98 8.22 8.05 7.77 7.60 6,40 6,44 6.43 6.73 7.10 6.24
2014 92.04 8.28 8,11 7,83 7,67 6,46 6,50 6,49 6,79 7.16 6.30
2015 91.99 8.23 8.06 7,78 7,62 6.41 6,45 6,44 6,74 7.12 6,25
2016 92,13 8.39 8.22 7.93 7.77 6,55 6.59 6.58 6.88 726 6.39

2017 92.39 8,67 8.49 8.20 8.04 6.80 6.84 6.82 7.14 7.52 6,64
2018 92.31 8,58 8.41 8.12 7.95 6.72 6.76 6.75 7.06 7.44 6.56
2019 92.26 8.53 8,36 8.07 7.91 6.68 6.72 6.70 7.01 7.39 6,52
2020 92,38 8.67 8,49 8,20 8.03 6.80 6.84 6.82 7,14 7.52 6,63
2021 92.49 8,78 8.61 8.31 8,15 6.90 6.94 6,92 7.24 7.62 6.73
2022 92.74 9,06 8.89 8.59 8.42 7.14 7.19 7.17 7,50 7.89 6.98

Levelized 2008-22 (a) 92.719 9.036 8.862 8,563 8,393 7,122 7,165 7.151 7.473 7,864 6,961

(a) Real (constantS) riskless annual rate of return in %: 2.21 65%

The levelized avoided cost is the cost for which the present value at the real riskiess rate
of return of 2.2165 percent has the same present value as the estimated avoided costs for
the years 2007 through 2022 at the same rate of return.
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(1) Comparison with the AESC 2005 Avoided Cost Calculations for an LDC

Compared to the results of AESC 2005, the avoided cost projections in Exhibits 2-18 and
2-19 are generally higher for the summer periods. This is primarily due to higher
projections of Henry Hub prices in AESC 2007 compared to AESC 2005.~~ For the
winter periods, the avoided cost estimates are somewhat lower than those in AESC 2005
because less of the summer period (April — October) demand charges were allocated to
the winter period (November — March) avoided costs. In AESC 2007, 20% of the summer
period pipeline transportation demand charges are allocated to the winter period
transportation avoided costs. This allocation corresponds to the fact that, in the summer,
80% of pipeline capacity is used for long-haul transportation to the LDC or to refill
storage and the 20% unused capacity is paid for to be available for winter period
transportation. In contrast, AESC 2005 allocated twelve months of long-haul pipeline
transportation demand charges (that is, 100% of the summer period demand costs and in
the case of the 3-month, December — February, cost period, 100% of the November and

~MarcfrpipeIineclemand-costswere~alscraHocated to-it) tch-o-f-the-winter-cost--peri-ods-—
in computing avoided long-haul transportation costs.

Exhibit 2-20 compares the avoided cost estimates for the three sources of natural gas used
by AESC 2005 and AESC 2007: pipeline long-haul, underground storage, and LNG
peaking supply during the three-month winter period (December — February) as well as
peak day supply. This comparison is for the pipeline route of TETCO and AGT.
However, the comparison of avoided cost estimates along the TGP route would provide
similar qualitative comparisons.

~ See AESC 2005 Exhibit 1-15 to compare with Exhibit 2-18 for the TETCO AGT route and AESC 2005

Exhibit 1-16 to compare with Exhibit 2-19 for the TGP route.
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Exhibit 2-20. Comparison of AESC 2005 and AESC 2007 Costs of Delivering One
Dekatherm of Gas to a New England Local Distribution Company via the TETCO —

ALG Route December-February from Three Sources of Natural Gas and Peak Day
AESC 2005 AESC 2007

units
Pipeline Long-haul to LDC

Pipeline Demand Cost 2007$/DT $2772 $0866
Pipeline Variable Cash Cost 2007$/DT $0096 $0072
Ratio of Gas Purchased at RH to Gas Delivered fraction 1.095 1.113

Delivered From Underground Storage
Pipeline Demand Cost 2007$/DT $0886 $0953
Pipeline Variable Cash Cost (a) 2007$/DT $0000 $0. 832
Ratio of Gas Purchased at RH to Gas Delivered fraction 1.000 1.149

LNG Regasified into LDC System
Pipeline Demand Cost 2007$/DT $8693
Pipeline Variable Cash Cost (a) 2007$/DT $0000 $0899
Ratio of Gas Purchased at FIR to Gas Delivered fraction 1.000 1.349

Peak Day
Pipeline Demand Cost 2007$/DT $260.521 $101 .727
Pipeline Variable Cash Cost (a) 2007$/DT $0832
Ratio of Gas Purchased at RH to Gas Delivered fraction 1.149

Source: AESC 2005 TETCO and AGT charges taken from Exhibit 1-14a, Monthly Pipeline Costs, page 34.
AESC 2005 peak day costs from Exhibit 1-15, page 35.
Note: Conversion from 2004$ and 2005$ to 2007$ used conversion factors of 1.0867 and 1.0547 respectively.
Note: Ratio of gas purchased at Henry Hub to Gas Delivered to the LDC for AESC 2005 is the stated fuel and loss

retention plus one (1), which is consistent with the calculations in the AESC 2005 worksheets.
(a) In AESC 2007 the pipeline variable cash costs include pipeline demand charges for refill of storage, but not the demand cost:

for delivery to the LDC from underground storage.

AESC 2005 estimated the demand cost of long-haul pipeline transportation at more than
three times that shown for AESC 2007, due, as mentioned above, to the allocation of
twelve months of demand charges to the cost period. However, AESC 2007 had a higher
fuel and loss retention ratio.

The AESC 2005 underground storage cost estimates were much lower because they did
not fully include the cost of transportation to and from underground storage. Similarly,
AESC 2005 had no fuel retention for underground storage on TETCO while AESC 2007
had a large fuel and loss retention due to including transportation and the compounding
effect upon total fuel and loss retention of the gas moving from one rate schedule to
another as it is transported to and from storage and also injected and withdrawn from
underground storage.

The cost estimate for LNG peaking in AESC 2007 was much lower than that in AESC
2005 because AESC 2007 only considered the variable costs of LDC LNG facilities as
being avoidable and AESC 2005 used a tariff of Distrigas LNG storage as the basis of its
estimate. However, Distrigas no longer offers any open access LNG storage service with
a published tariff.

Finally, AESC 2007 presented an avoided cost estimate of peak-day gas supply which is
about one-half that in AESC 2005.

(m) Avoided Costs by End-Use

The avoided costs to LDCs by seasonal costing periods have been presented in Exhibits
2-18 and 2-19. The avoided costs by end-use were developed from those LDC avoided
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costs, by applying them to the appropriate end-use profiles and adding an avoided
distribution margin. Exhibit 2-21 shows the “cross walk” of end uses to the LDC seasonal
cost periods.

Exhibit 2-21. End-Use Consumption Avoidable Cost Cross Walk
End-Use Types Period Months

Commercial and Industrial, non-heating Annual Jan — Dec

Commercial and industrial, heating 5 month Nov — Mar

Existing residential heating 3 month Dec — Feb

New residential heating 5 month Nov — Mar

Residential domestic hot water Annual Jan — Dec

All commercial and industrial 6 month Nov — Apr

All residential 6 month Nov — Apr

All retail end uses 5 month Nov — Mar

This cross walk exhibit is the same as presented in AESC 2005. There may be a
difference in the way the 6-month winter period was defined. The AESC 2005 report did
not specify the months of each of its winter periods; however, it was confirmed that the
6-month period in AESC 2005 was October through March. This analysis followed the
approach of specifying each of the winter periods as including the coldest months in that
period or the months of highest gas send-out. In New England, April is a colder month
than October as measured by heating degree-days and April has a greater send-out than
October. Consequently, April was included and October was excluded in the 6-month
winter period in the AESC 2007 analyses.

(n) Avoided Gas Costs for Each End Use Sector

The Scope of Work for this project specifies that the sponsoring gas utilities will provide
distribution charges applicable from the city gate to the burner tip to be added to the LDC
avoided costs to compute the end-use avoided costs.

Some LDCs in New England have performed studies of incremental costs, that is, the
cost of distribution which is incurred as demand increases. The conclusion was that the
incremental cost of distribution was approximately one-half of the embedded cost. This
was the same assumption employed in AESC 2005. As in AESC 2005, the embedded
cost was measured as the difference between the city-gate price of gas in a state and the
price char~ed each of the different retail customer types: residential, commercial and
industrial. 8

38 The city-gate gas prices and the prices charged to each retail customer type are reported by the Energy

Information Administration for each state each year.
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Exhibit 2-22 shows the estimated avoidable LDC costs, measured as 2007$ per
dekatherm, by each of the customer end-use types and combination of types listed in the
exhibit above.

Exhibit 2-22. Estimated Avoidable LDC Margins 2001-2005 Average
(2007$/dekatherm)

Southem NE Northem and Central NE
Average City Gate 200 1-05 7.82 8.05
Ave. Residential Margin 6.28 5.98
Avoidable 3.14 2.99
Ave. Commercial Margin 3.08 4.46
Avoidable 1.54 2.23
Ave. Industrial Margin 0.70 3.20
Avoidable 0.35 1.60
Ave. Commercial and Industrial 2.21 3.83
Avoidable 1.11 1.92
All retail avoidable margin 2.00 2.41

Exhibit 2-23 shows the total avoided costs by the various retail end-use types and
combination of types for Southern New England. The avoided cost for each retail end-use
type is the sum of the avoided cost of gas delivered to an LDC for the cost period
associated with the end-use type plus the avoided LDC margin for the associated end-use
type as shown in the exhibit above.

Exhibit 2-23. Avoided Costs of Gas Delivered to Retail Customers in Southern New
England via Texas Eastern and ALG Pipelines by End Use (2007$/dekatherm)

(a) Real (constants) riskless annual rate of return in %: 2.2165%

Exhibit 2-24 shows the total avoided cost by the various retail end-use types for Northern
and Central New England. The avoided cost is the sum of the avoided cost of gas
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RESIDENTIAL
Existing New Hot
Heating Heating Water All

3-mon. 5-mon. annual 6-mon.

COMMERCIAL & INDUSTRIAL
Non

Heating Heating All

annual 5-mon. 6-mon.

ALL
RETAIL

5-mon.Year

2007 13.42 13.19 11.96 12.82 9.92 11.16 10.79 12.04
2008 14.51 14.27 12.96 13.88 10.93 12.23 11.84 13.12
2009 13.94 13.70 12.44 13.32 10.40 11.67 11.29 12.56
2010 13.34 13.11 11.88 12.74 9.85 11.08 10.71 11.97
2011 12.82 12.60 11.40 12.24 9.37 10.56 10.21 11.45
2012 12.43 12.21 11.04 11.86 9.01 10.17 9.83 11.06
2013 11.71 11.50 10.38 11.16 8.34 9.46 9.13 10.35
2014 11.78 11.56 10.44 11.23 8.41 9.53 9.20 10.42
2015 11.73 11.51 10.39 11.18 8.36 9.48 9.14 10.37
2016 11.89 11.67 10.53 11.33 8.50 9.63 9.30 10.52
2017 12.17 11.95 10.80 11.61 877 9.92 9.57 10.81
2018 12.08 11.86 10.72 11.52 8.69 9.83 9.49 10.72
2019 12.03 11.81 10.67 11.47 8.64 9.78 9.44 10.67
2020 12.17 11.95 10.80 11.61 8.76 9.91 9.57 10.80
2021 12.29 12.06 10.91 11.72 8.87 10.03 9.69 10.92
2022 12.57 12.35 11.17 12.00 9.14 10.32 9.97 11.20

Levelized 2008-22 (a) 12.547 12.322 11.148 11.973 9.115 10.290 9.940 11.179



delivered to an LDC in Northern and Central New England plus the associated avoided
LDC margin shown in Exhibit 2-22 above.

Exhibit 2-24. Avoided Costs of Gas Delivered to Retail Customers in Northern &
Central New England via the TGP Pipeline by End Use (2007$/dekatherm)

Levelized 2008-22 (a) 12.029 11.855 10.856 11. 555

(a) Real (constantS) riskless annual rate of return in %:

iii. Avoided Gas Costs in Vermont

9.781 10.780 10.480 11.270

2.2165%

There is one LDC in Vermont, Vermont Gas Systems (VGS), and it receives its gas from
TransCanada Pipeline at Highgate Springs, VT. The analysis of the avoided cost to the
LDC in Vermont was performed similarly to the analysis above. Based on a Purchased
Gas Adjustment (PGA) filing by VGS for the year April 2007 to March 2008, the source
of gas was determined for each month of the year by the fraction contribution each
month. Next, the marginal cost of natural gas to VGS by source for each month the
source is in operation was computed, and then volume weighted average cost was
computed by month and by specified cost period.

Each month, Vermont receives gas purchased in Alberta by TransCanada Pipeline.
During the winter months, November through March, Vermont also receives gas from
underground storage and about 20% from purchases in spot markets.

Since this avoided cost forecast was based on a forecast price of gas at the Henry Hub in
Louisiana, the basis differential (price of gas in Alberta at the AECO hub minus the price
at the Henry Hub) was taken from the NYMEX futures market for the next two years.39
NYMEX shows a constant basis differential for the winter, November through March,
and a different but constant basis differential for the summer, April through October. The

NYMEX settlements for May 18, 2007 using basis data from the period November 2007 through
October 2009.
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RESIDENTIAL
Existing New Hot
Heating Heating Water All
3-mon. 5-mon. annual 6-mon.

COMMERCIAL & INDUSTRIAL
Non

Heating Heating All
annual 5-mon. 6-mon.

ALL
RETAIL

5-mon.

10.58
11.57
11.05
10.51
10.03
9.68
9.02
9.08

11.63
12.69
12.14
11.55
11.05
10.67
9.97
10.03

Year

2007 12.88 12.71 11.65 12.39 12.12
2008 13.95 13.77 12.65 13.43 13.18
2009 13.39 13.21 12.13 12.88 12.63
2010 12.81 12.63 11.58 12.31 12.04
2011 12.30 12.12 11.11 11.82 11.54
2012 11.92 11.74 10.75 11.44 11.16
2013 11.21 11.04 10.10 10.76 10.46
2014 11.28 11.11 10.16 10.82 10.52

—2015 1±26—I±06~- 10.1-1 10.77 0.03 0.98 0.70 10.4-7—
2016 11.38 11.21 10.25 10.92 9.18 10.13 9.85 10.62
2017 11.66 11.49 10.51 11.20 9.44 10.41 10.12 10.90
2018 11.57 11.40 10.43 11.11 9.36 10.33 10.04 10.82
2019 11.52 11.35 10.39 11.06 9.31 10.28 9.99 10.77
2020 11.66 11.49 10.51 11.19 9.44 10.41 10.12 10.90
2021 11.77 11.60 10.62 11.30 9.54 10.52 10.23 11.01
2022 12.05 11.88 10.88 11.58 9.80 10.81 10.51 11.30

11.32
12.35
11.81
11.24
10.74
10.37
9.68
9.75
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average ratio of the Alberta gas price to the Henry Hub price is 0.851 for the winter and
0.895 for the summer.

The pipeline transportation rates, rates for underground storage and transporting gas to
VGS from underground storage, which are used in the avoided cost forecasts, are shown
in the exhibit below. It was assumed that these rates would prevail throughout the
forecast period.

Exhibit 2-25. Canadian Tolls Paid by Vermont Gas Systems (US 2007$)
Demand (a) Usage Fuel & Loss
$/DT/Month $IDT percent

Firm Transportation

Long-Haul $26.7991 $0.0670 (b) 5.00% (c)
From Storage $6.6080 $0.0130 (b) 1.00% (c)

Storage

Injection $O.0058 (d) 0.60% (d)
Space $0.0403
Withdrawal $4.7789 $0.0058 (d) 0.60% (d)

(a) Imputed from Vermont Gas Systems PGA filing
(b) TransCanada Approved Tolls effective April 1, 2007
(c) TransCanada Website; estimated. Fuel is actual and changes each month.
(d) Union Gas Rate M12 effective January 1, 2007.
Note: US$/DT is calculated as .96116 of Cp$/GJ

Based on the VGS PGA filing, as in other New England LDCs, long-haul transportation
is used at about 80 percent load factor in the summer months for refilling underground
storage and direct deliveries of gas to VGS. Thus, 20% of summer pipeline demand
charges are allocated to the winter long-haul pipeline transportation avoidable costs. The
costs of underground storage include the costs of transportation of gas to fill storage, the
cost of storage, and the cost of transportation from storage to VGS. However, according
to the PGA filing, demand charges are paid 12 months a year for the storage withdrawal
capacity and transportation from storage to VGS, which are the same assumptions used
for both TETCO and TGP. (Transportation of stored gas from the terminus of TETCO to
LDCs on AGT uses winter service which has only 5 months of demand charges.)
Purchases of gas in the spot market make up slightly more than 20% of the Vermont
winter gas supply. The prices of these spot purchases were estimated by the ratio of the
estimated spot price for the October 2007 — March 2008 winter months to the 2007
annual Henry Hub gas price. The components of the avoided costs by the three sources of
gas to Vermont are shown in Exhibit 2-26.
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Exhibit 2-26. Comparison of Costs of Delivering One Dekatherm of Gas to Vermont
Gas Systems from Three Sources of Natural Gas and Peak Day

Pipeline Long-haul to LDC
Pipeline DemandCost of Gas Delivered to LDC
Pipeline Usage Cost
Ratio of Gas Purchased in Alberta to Gas Delivered to LDC

Delivered From Underground Storage
Pipeline Demand Cost of Gas Delivered to LDC
Pipeline Commocity Cost of Gas Delivered to LDC
Ratio of Gas Purchased to Gas Delivered to LDC

Snot Ptiroh~~c of (~c h~c~H on 2007 l-~nrv l-hih Pri~

units

TransCanada Pipeline
January June

2007 $/DT $1.98
$1.49
1.076

Peak Day in January From Underground Storage
Pipeline Cash Demand Cost of Gas Delivered to LDC
Pipeline Cash Commodity Cost of Gas Delivered to LDC
Ratio of Gas Purchased at HH to Gas Delivered to LDC

Based on pipeline rates effective April 1, 2007
Note: Fuel and Loss retention is estimated as an annual average.

$137.22
$1.49
1.076

Levelized (a) 145.03 8.55 8.31 7.96 7.75 6.24 6.28 6.27 6.65 7.12 7.02

(a> Real (constant 5) riskless annual rate of return in %: 2.2165%

2-

2007 $/DT $1.13
2008 $IDT $0.07

1.053

$0.00
$0.07
1.053

20fl7~IflT 51;q 4q

2007 $/DT
2007 $IDT

AESC 2007 then estimated the avoided cost of natural gas delivered to VGS by month
for the forecast period and summarized the avoided costs by cost period and year as
shown in Exhibit 2-27.

Exhibit 2-27. Avoided Costs of Gas Delivered to Vermont LDC via the
TransCanada Pipeline by Season and Cost Period (2007$/dekatherm)

WINTER
Peak 3 5 6 7
Day Months Months Months Months

Dec-Feb Nov-Mar Nov-Apr Oct-Apr

SUMMER
5 6 7 9 ____

Months Months Months Months Annual
May-Sep May-Oct Apr-Oct Mar-Nov Average

Annual
Henry Hub

Price
Year

2007 145.66 9.25 9.01 8.64 8.42 6.86 6.90 6.89 7.28 7.77 7.71
2008 146.50 10.20 9.95 9.56 9.33 7.69 7.73 7.72 8.13 8.65 8.65
2009 146.06 9.70 9.46 9.08 8.86 7.25 7.30 7.28 7.68 8.19 8.16
2010 145.59 9.18 8.94 8.57 8.36 6.80 6.84 6.83 7.22 7.71 7.65
2011 145.19 8.73 8.49 8.14 7.92 6.41 6.44 6.43 6.81 7.29 7.20
2012 144.89 8.39 8.16 7.81 7.60 6.11 6.14 6.13 6.50 6.98 6.86
2013 144.33 7.76 7.54 7.20 7.00 5.56 5.60 5.59 5.94 6.40 6.24
2014 144.38 7.82 7.59 7.26 7.05 5.61 5.65 5.64 6.00 6.45 6.30
2015 144.34 7.78 7.55 7.21 7.01 5.57 5.61 5.60 5.95 6.41 6.25
2016 144.46 7.91 7.68 7.35 7.14 5.69 5.73 5.72 6.08 6.54 6.39
2017 144.68 8.16 7.93 7.59 7.38 5.91 5.94 5.93 6.30 6.77 6.64
2018 144.62 8.08 7.86 7.51 7.30 5.84 5.88 5.87 6.23 6.70 6.56
2019 144.58 8.04 7.81 7.47 7.26 5.80 5.84 5.83 6.19 6.65 6.52
2020 144.68 8.16 7.93 7.58 7.38 5.91 5.94 5.93 6.30 6.76 6.63
2021 144.77 8.26 8.03 7.68 7.47 6.00 6.03 6.02 6.39 6.86 6.73
2022 145.00 8.51 8.28 7.93 7.71 6.22 6.25 6.24 6.62 7.09 6.98
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As in the other LDCs ofNew England, the avoided retail cost of gas was also estimated
for VGS. The retail avoided cost is the LDC avoided cost plus the LDC avoided margin.
As in the other LDCs, the LDC avoided margin was estimated as one-half the embedded
LDC cost as shown in Exhibit 2-28.

Exhibit 2-28. Estimated Avoidable LDC Margins for Vermont 2001-2005 Average
(2007$/dekatherm)

Average City Gate 200 1-05 5.80
Ave. Residential Margin 5.78
Avoidable 2.89
Ave. Commercial Margin 3.37
Avoidable 1.68
Ave. Industrial Margin 0.23
Avoidable 0.11
Ave. Commercial and Industrial 1.77
Avoidable 0.88
All retail avoidable margin 1.64

The avoided costs to the specified retail customer types are shown in Exhibit 2-29.

Exhibit 2-29. Avoided Costs of Gas Delivered to Retail Customers in Vermont via
the TransCanada Pipeline by End Use (2007$/dekatherm)

Levelized (a) 11.44 11.20 10.01 10.85

(a) Real (constant$) riskless annual rate of return in %: 2.21 65%

The levelized avoided retail costs in Vermont for AESC 2005 and AESC 2007 are
compared in Exhibit 2-3 0. AESC 2005 did not present the avoided gas costs to the LDC
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I RESIDENTIAL
New HotExisting

Heating Heating Water All
Year 3-mon. 5-mon. annual 6-mon.

COMMERCIAL & INDUSTRIAL
Non

Heating Heating All
annual 5-mon. 6-mon.

ALL
RETAIL

5-mon.

2007 12.14 11.90 10.66 11.53 8.65 9.89 9.52 10.65
2008 13.09 12.84 11.54 12.45 9.53 10.83 10.44 11.58
2009 12.59 12.35 11.08 11.97 9.07 10.34 9.96 11.09
2010 12.07 11.83 10.60 11.47 8.59 9.82 9.46 10.58
2011 11.62 11.38 10.18 11.03 8.17 9.38 9.02 10.13
2012 11.28 11.05 9.87 10.70 7.86 9.04 8.69 9.79
2013 10.65 10.43 9.29 10.09 7.28 8.42 8.08 9.17
2014 10.71 10.49 9.34 10.15 7.33 8.48 8.14 9.23
2015 10.67 10.44 9.30 10.10 7.29 8.43 8.10 9.19
2016 10.80 10.58 9.43 10.24 7.42 8.57 8.23 9.32
2017 11.05 10.82 9.66 10.48 7.65 8,81 8.47 9.57
2018 10.98 10.75 9.59 10.40 7.58 8.74 8.40 9.49
2019 10.93 10.70 9.55 10.36 7.54 8.69 8.35 9.45
2020 11.05 10.82 9.66 10.48 7.65 8.81 8.47 9.57
2021 11.15 10.92 9.75 10.57 7.74 8.91 8.57 9.67
2022 11.40 11.17 9.98 10.82 7.97 9.16 8.81 9.92

8.00 9.19 8.84 9.95



in Vermont or the LDC margins. Thus, a detailed explanation of the differences of the
two forecasts is difficult. Two possible differences are: (1) the more detailed, and
probably higher, pipeline transportation and storage cost estimates in AESC 2007
compared with AESC 2005 and (2) what may be quite different estimates of LDC
margins.

Exhibit 2-30. Comparison of AESC 2005 and AESC 2007 Levelized Avoided Costs
of Gas Delivered to Retail Customers in Vermont by End Use (2007$/dekatherm)

RESIDENTIAL
Existing New Hot
Heating Heating Water All
3-mon. 5-mon. annual 6-mon.

COMMERCIAL & INDUSTRIAL ALL
Non RETAIL

Heating Heating All
annual 5-mon. 6-mon. 5-mon.

AESC 2005 (a)
AESC 2007
-Percentdifferen

2005 to 2007

$9.78 $9.70 $9.62 $9.70
$11.44 $11.20 $10.01 $10.85

17.0% 15.4% 4.1% 11.8%

$8.53 $8.62 $8.57
$8.00 $9.19 $8.84

-6.2% 6.7% 3.1%

$9.20
$9.95

8.2%

Source of AESC 2005 levelized retail avoided costs is Exhibit ES-3, page 5, for 15 years levelized.
(a) Factor to convert 2005$ to 2007 $ 1.0547
Note: AESC 2005 levelized costs for 15 years, 2005-2019. AESC 2007 levelized costs for 16 years, 2007-2022.
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3. Crude Oil Price Forecast
This Chapter provides a projection of crude oil prices.

A. Methodology & Assumptions

The starting point for the crude oil price forecast was the Reference Case forecast in the
Energy Information Administration (ETA) Annual Energy Outlook 2007 (AEO 2007).
The exhibit below shows that the AEO 2007 Reference Case forecast of low sulfur light
crude oil prices through 2020 is close to, but slightly higher than, the projections from a
number of other sources. Due to expectations of continued growth in world oil
consumption and projected continuation of high costs of developing new reserves, the
AEO 2007 Reference Case forecast of crude oil provides a good starting point for this
forecast.

As a first step, the AEO 2007 near term prices were compared with those from the futures
markets. West Texas Intermediate (WTI) crude was the futures price that was used since
it is actively traded and the price in the past has been very close to that of the low-sulfur
light crude used in the AEO 2007 Reference Case. The futures prices were very stable in
nominal dollars for 2008 through 2012 at around $66Ibbl, as shown in the exhibit below.

40 Data provided in AEO 2007, Table 19, page 106; found at:

http:!!www.eia.doe.eov/oiaf’aeo/pdf/0383(2007).pdf, EEA refers to Energy and Environmental
Analysis, Inc., lEA refers to the International Energy Agency, Gil refers to Global Insights, Inc., SEER
refers to Strategic Energy and Economic Research, Inc., EVA refers to Energy Ventures Analysis, Inc.,
and DB refers to Deutsche Bank AG.

Exhibit 3-1. World Crude Oil Price Forecasts (2007$/bbl)4°
70

.0

.0

0
0
C.,’
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D EEA
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2010 2015 2020 2025
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Exhibit 3-2. West Texas Intermediate (WTI) Crude Future Swap Prices (2007$/bbl)

By comparison, the AEO 2007 oil forecast prices for 2007 through 2009 were 14% to 3%
higher than the equivalent futures prices as of mid-March 2007, as presented in the
exhibit below.4’ This discrepancy was attributable to changes in the market perspectives
between late 2006, when the AEO 2007 analysis was prepared, and the current outlook
for crude oil.

Exhibit 3-3. Oil Price Forecast Comparison (2007$/bbl)
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Taking this discrepancy into account, the AESC 2007 forecast of crude oil prices reflects
futures prices in the short term (2007-20 12) and the AEO 2007 forecast in the long-term

~ NYMEX ClearPort market prices as of March 13, 2007.
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(2013-2022). As with the natural gas forecast, it was reasonable to adjust the near term
forecast to represent current market conditions, but for the longer term use one more
based on fundamentals. This adjustment followed the futures prices out through 201242
which were above the AEO price, and then followed the trend of the AEO forecast.

B. Results

The graph below presents the crude oil price forecast relative to the AEO 2007 Reference
Case forecast and to the AESC 2005 forecast. Both the AESC 2005 and the AESC 2007
forecasts are at a low point around 2015 and rise slowly thereafter.

Exhibit 3-4. Price Forecast of Imported Crude Oil Price (2007$Ibbl)

— —~—AESC 2007 proposed
~ 40 —.—AE02007

—k--AESC 2005
0 ____________________________________
0
(~1

20

10

0 I I I I I I I I

~

42 As of early July 2007 the futures prices for crude oil were somewhat higher than the March 13 prices

used to develop the AESC 2007 crude oil forecast, but not sufficiently different to warrant modif3iing it.
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4. Forecasts of Other Fuel Prices
This chapter provides a projection of fuel prices for electric generation as well as for
retail end-use sector.

A. Methodology & Assumptions

The starting point for the forecasts of other types of fuel oil, coal, and fuel wood prices
was the Reference Case forecast in the Energy Information Administration (ETA) Annual
Energy Outlook 2007 (AEO 2007). The Reference Case forecast of AEO 2007 provides
forecasts for prices of residual fuel, distillate fuel, and coal used to generate electricity in
New England. This forecast also provides projections of petroleum product prices for the
residential, commercial and industrial sectors in New England.

The AESC 2007 forecasts of petroleum product prices were derived by adjusting the
AEO petroleum product prices in proportion to the difference between the AEO crude oil
and the AESC 2007 crude oil forecasts. This adjustment was made because petroleum
product prices strongly reflect underlying crude oil prices. The AEO coal price forecasts
were not adjusted.

To identify locational differences we analyzed the actual prices by sector by state from
1970 through 2004, which was the most recent historical data available from the ETA
State Energy Data System (SEDS).43 SEDS is the most complete and consistent source of
state-level energy prices. This review did not show consistent price differences between
states for most products. There were two possible exceptions. One was for distillate fuel
in New Hampshire, which for the last ten years has been about 6% below the New
England average. The other was for residential prices for LPG which has been about 10%
below the New England average for New Hampshire & Vermont, whereas for Rhode
Island they have been about 15% above the average.

For commercial and industrial users the differences are much smaller and vary positive
and negative from year to year. For years before 1995, the residential price differences
between states were negligible and the relative rankings varied from year to year. Thus,
the more recent retail locational price differences appear to be related to changes in the
markups associated with competitive factors in the residential marketing and distribution
systems in the various states. These differentials may or may not persist in the future. For
this study, it was assumed that because of fundamentals, the end-use prices for all
petroleum products across New England will be roughly the same. Thus, a single New
England price by sector for the various oil-based products was recommended.44

The SEDS data for the five years 1999-2003 was also used to analyze the markups
between petroleum product prices and crude oil prices. This analysis showed that the

~u http://www.eia.doe.gov!emeu/states/seds.html

‘~ The AESC 2005 report had no differences in LPG costs between parts ofNew England. That report did

have differences in distillate oil prices that are not reflected in our analysis of the historic data.
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markups had both fixed and variable components. However, the underlying crude oil
prices (in real terms) for the forecast period are about twice the historic ones. Therefore,
caution is appropriate when extending historic markups from a limited period to a longer
future period with much higher base prices. Thus for the AESC forecasts, the AEO
product versus crude markup ratios were used to calculate future petroleum product
prices relative to the cost of crude oil.

ETA forecasts have reflected the recent sharp increase in oil prices.45 For example, the
forecasts of oil prices in 2020 increased by 54% from 2005 to 2006, but are essentially
unchanged in the latest AEO. These forecasts along with the actual Refiners Acquisition
Cost (RAC) for 2002 through 2006 are shown in the figure below. Note the AEO 2007
estimate for 2006 was a little above the actual RAC.

Exhibit 4-1. Crude Oil Price Forecast Comparisons (2007$/bbl)

70

60

50

0
o 30

20

10

0

Since crude oil prices do not show a monthly/seasonal variation but rather reflect the
world market, neither monthly nor seasonal price variations for petrolcum products were
developed. Seasonal demand for petroleum products is fairly predictable and storage for
petroleum products is relatively inexpensive, which tends to smooth out variations in
costs relative to market prices. Price variations can also be hedged with futures contracts
and the like.

i. No. 6 Residual Fuel Oil Price Forecast

The AEO price forecast for residual oil was half the price of crude oil on a per Btu basis.
While residual oil, especially high sulfur, typically sells below the price of crude oil, a

~u Crude oil products were not defined the same way in the four studies, but we have adjusted them to be

comparable. AEO 2005 reported the World Oil Price. The AEO 2007 nearest equivalent was called
Imported Crude Oil. The AESC 2007 price represents a conversion to the AEO 2007 Imported Crude
equivalent. The AESC 2005 price was identified as the Refiners Acquisition Cost (RAC).

—-*-—AESC 2007
---~-~ AEO 2007

2006

..-,-.. AEO 2005
o ActuaIRAC

0 0 — c..1
a 0 0 0 0

(‘4 (‘4 (‘4
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50% differential was not supported by any available market data. In looking at the
historic ratio of residual oil to crude oil prices for the period 1992 through 2006, the high
sulfur residual ratio is closer to 70%. Therefore, the price of residual oil for electric
generation was calculated based on the historic price ratio.

ii. No. 2 Distillate Fuel Oil Price Forecast

The AEO forecast price for distillate fuel falls below the forecast price for crude oil in
about 2015. This was not credible. Therefore, a price for distillate oil was developed
based on its recent historic ratio to the crude oil price.

iii. Coal Price Forecast

The AEO 2007 Reference Case forecasts fairly flat prices for coal in New England with a
slight decline after 2010. This was determined to be a reasonable forecast. The United
~
long time period without the volatility seen in oil and natural gas prices.

Although coal prices tend to be fairly stable now, they have changed in the past. On a real
dollar basis, coal prices declined by 50% from 1980 to 2000 as shown in the exhibit
below. This mainly reflects various technical efficiencies in coal mining operations and a
shift to western coals.

Exhibit 4-2. Historic Coal Prices (2007$/MMBtU)
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0.00
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However, since 2000 coal prices have increased to levels equivalent to prices of the mid
1980s and are expected to stay at these higher levels. In 2006, coal prices stabilized and
expectations are that they will remain at these levels. This was reflected in the NYMEX
Central Appalachian Coal Futures through 2009. While coal at the mine mouth is
relatively cheap on an energy basis, it is expensive to transport. Also, coal demand is
unlikely to increase significantly because of environmental concerns. Coal is more
expensive in New England because of the transportation costs and as a result provides

1985 1990
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18% of the electric generation in New England which is a lesser fraction than most other
parts of the United States. Since AEO 2007 coal prices are essentially flat and consistent
with historic experience and market behavior, they were used in this analysis.

The exhibit below compares various coal price forecasts for 2015 and 2025, showing that
the AEO Reference forecast is in the middle of the range.

Exhibit 4-3. Coal Price Forecasts for Electric Generation (2007$IMMBtu)46

ETA Annual Energy Review 2007, Table 24, Comparison of Coal Projections.
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iv. Biofuel Price Forecasts

Biofuel blends are a mix of a petroleum product, such as No. 2 distillate oil or diesel, and
an oil-like product derived from an agricultural source (e.g., soybeans). They are
relatively new to New England and are being sold as heating fuels in competition with
No. 2 distillate and as transportation fuels. These products are usually labeled “B”+”NN”
where NN is the percent agricultural-derived component. Thus “B20” represents a
product with a 20% bio component. The biofuel product of most interest is biodiesel. It is
similar to No. 2 distillate fuel oil and used primarily for heating. Currently B20 is being
sold as a heating oil product by Mass Energy at about a 9% premium to conventional
heating oil on a per gallon basis. However, the biofuel heat content is about 2% greater,
so the net premium is about 7%. A review of the relative national prices for biodiesel B20
compared to regular diesel from the DOE Alternative Fuels Data Center47 shows that on a
heat rate basis the relative premium over the last year has varied from -1% to +3%.
Since biofuels are both premium fuels (from an environmental standpoint) and sub
premiu~fuels-{from-a-p&formance-standp~int)-andmpete-in~a-muth-~larger-market, an—
appropriate premium (positive or negative) to apply to their prices relative to the
equivalent conventional fuel cannot be determined at this time. There is also the
economic argument that the prices will equilibrate in the market. Thus, the prices of
biofuels are forecast to be the same on an energy basis as the equivalent competitive fuel.

v. Fuel Wood Price Forecast

Prices for fuel wood can have great variability based on location, time of year, and
quality (green or dry). A number of fuel wood dealers in New England were surveyed
with the result being a wide range of prices. Additionally, it was very difficult to get any
information from the dealers about historical prices or future price expectations.

As a result, historical data was leveraged. The ETA SEDS data provides state fuel wood
prices by sector. In reviewing this data, there was a very strong and consistent
relationship between distillate oil and fuel wood prices.

The following graph shows the historic relationship between No. 2 Distillate and fuel
wood prices in Massachusetts from 1991 through 2003.~~ The correlation between the
two sets of prices is 99.4%. It is reasonable to conclude that this price relationship will
continue into the future. As a result, the forecast for fuel wood prices was based on that
for No. 2 Distillate.

‘~‘ “Clean Cities Alternative Fuel Price Report” for March 2007, October 2006, and June 2006.

www.eere.enercy.gov/afdc!
‘~ Massachusetts is the largest user of residential fuel wood in New England. The ETA data also reports

the same wood prices for all the New England states.
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Exhibit 4-4. Massachusetts No. 2 Distillate Fuel and Fuel Wood Prices
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vi. Kerosene and Propane Forecasts

The kerosene and propane forecasts were derived from the underlying crude oil price
forecast to maintain consistency. The relative price premiums for those products were
based on the price relationships projected in the AEO 2007 forecasts for New England.
For example, if the AEO forecast showed that the price of kerosene, on an energy basis,
was 75% more than sweet crude oil in a given year, we applied that same 75% premium
to our forecast of crude oil prices to develop our forecast price of kerosene.

B. Resufts

The forecasts for crude oil as compared to the forecasts of specific fuels including No. 6
residual fuel oil and No. 2 distillate fuel oil and coal are shown in the exhibit below.
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Exhibit 4-5. Price Forecasts for US Crude Oil and New England Electric Generation
Fuels (2007$)
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The forecasted prices are close to those in AEO 2007 and they are approximately 20%
higher on average than those in AESC 2005. This is primarily due to the fact that these
forecasts are based upon a higher forecasted price for crude oil than assumed in AESC
2005. The forecasts by product by year are presented below in Exhibit 4-6. A table
containing this forecast in nominal dollars can be found in Appendix F.
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Exhibit 4-6. New England Average Price Forecast of Other Fuel Prices by Sector
(2007$; Revised 08/31/07)

Notes
Based on adjusted AEO 2007 forecast for New England.

2 Adjusted AEO Electrical sector forecast
3 Based on historic price difference relative to Distillate.
4 Based on adjusted AEO 2007 forecast for New England.
5 Based on historic price difference relative to Distillate.
6 No premium or discount assigned for biofuels.
7 Based on historic relationship with distillate prices.

Levelized with a real discount rate of: 2.22%

N 2 N 2 No.6
Fuel ° ° Residual Fuel No. 4 Fuel Oil Propane Kerosene BioFuel BioFuel Wood

Distillate Distillate
<= 1% Sulfur

Market Retail Retail Retail Retail Retail Retail Retail
Sector Residential Commercial Commercial Commercial Residential Res & Corn B5 Blend B20 Blend Residential
Notes 1 1 2 3 4 5 6 6 7
Year $/MMBtu $!MMBtu $/MMBtu $!MMBtu $/MMBtu $/MMBtu $/MMBtu $/MMBtu $/MMBtu
2007 15.84 13.97 9.46 11.71 26.81 16.47 15.84 15.84 5.67
2008 16.43 14.49 9.82 12.15 28.76 17.09 16.43 16.43 5.88
2009 16.05 14.15 9.59 11.87 28.97 16.69 16.05 16.05 5.75
2010 15.58 13.74 9.31 11.52 29.43 16.20 15.58 15.58 5.58
2011 15.10 13.32 9.03 11.17 29.71 15.71 15.10 15.10 5.41
2012 14.67 12.94 8.77 10.85 30.08 15.26 14.67 14.67 5.26
2013 14.22 12.54 8.50 10.52 29.61 14.79 14.22 14.22 5.09
2014 14.03 12.37 8.38 10.38 29.63 14.60 14.03 14.03 5.03
2015 14.10 12.43 8.42 10.43 29.55 14.66 14.10 14.10 5.05
2016 14.16 12.49 8.46 10.47 29.60 14.73 14.16 14.16 5.07
2017 14.29 12.60 8.54 10.57 29.85 14.86 14.29 14.29 5.12
2018 14.42 12.72 8.62 10.67 29.76 15.00 14.42 14.42 5.17
2019 14.55 12.83 8.69 10.76 29.69 15.13 14.55 14.55 5.21
2020 14.68 12.95 8.77 10.86 29.80 15.27 14.68 14.68 5.26
2021 14.88 13.12 8.89 11.00 29.67 15.47 14.88 14.88 5.33
2022 15.07 13.29 9.01 11.15 29.82 15.68 15.07 15.07 5.40
2023 15.27 13.47 9.12 11.30 29.97 15.88 15.27 15.27 5.47
2024 15.46 13.64 9.24 11.44 30.01 16.09 15.46 15.46 5.54
2025 15.66 13.81 9.36 11.58 30.02 16.29 15.66 15.66 5.61
2026 15.79 13.92 9.44 11.68 30.05 16.42 15.79 15.79 5.66
2027 15.92 14.04 9.51 11.78 30.15 16.56 15.92 15.92 5.70
2028 16.05 14.16 9.59 11.87 30.31 16.70 16.05 16.05 5.75
2029 16.18 14.27 9.67 11.97 30.41 16.83 16.18 16.18 5.80
2030 16.31 14.39 9.75 12.07 30.45 16.97 16.31 16.31 5.84
2031 16.48 14.53 9.85 12.19 30.75 17.14 16.48 16.48 5.90
2032 16.64 14.68 9.94 12.31 31.06 17.31 16.64 16.64 5.96
2033 16.81 14.82 10.04 12.43 31.37 17.48 16.81 16.81 6.02
2034 16.98 14.97 10.14 12.56 31.68 17.66 16.98 16.98 6.08
2035 17.15 15.12 10.25 12.68 32.00 17.83 17.15 17.15 6.14
2036 17.32 15.27 10.35 12.81 32.32 18.01 17.32 17.32 6.20
2037 17.49 15.42 10.45 12.94 32.64 18.19 17.49 17.49 6.26
2038 17.67 15.58 10.56 13.07 32.97 18.38 17.67 17.67 6.33
2039 17.84 15.73 10.66 13.20 33.30 18.56 17.84 17.84 6.39
2040 18.02 15.89 10.77 13.33 33.63 18.74 18.02 18.02 6.45

Levelized
(2008-2040) 15.61 13.77 9.33 11.55 30.29 16.24 15.61 15.61 5.59
(2009-2040) 15.58 13.74 9.31 11.52 30.36 16.20 15.58 15.58 5.58
5 years (2008~12) 15.59 13.74 9.31 11.53 29.37 16,21 15.59 1559 5.58
10 years (2008-17) 14.91 13.15 8.91 11.03 29.50 15.51 14.91 14.91 5.34
l5years (2008-22) 14.85 13.10 8.87 10.99 29.58 15.45 14.85 14.85 5.32
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5. Electric Energy Price Forecast
This chapter provides our projection of electric energy prices and a description of the
modeling methodology and assumptions.

A. Overview

The ISO New England market is part of the Northeast Power Coordinating Council
(NPCC) and includes the states of Connecticut, Maine,49 Massachusetts, New Hampshire,
Rhode Island, and Vermont. ISO New England, Inc. is the Regional Transmission
Organization (RTO) for the New England power market and coordinates several markets
for electric power products including energy, capacity, and operating reserves markets
(Regulation Up and Down, spinning reserves, ten-minute non-spinning reserves, and
thirty iiiinuteno~spinnngreserves)~ThiszonaH~cationalmarginal~prCe-fOreeaStiflg
model (Market Analytics) simulates the operation of the energy and operating reserves
markets, and produces forecasts of prices for each product. The model does not simulate
the capacity market and, therefore, it does not require assumptions regarding the capital
costs of new generation capacity, and the interconnection costs associated with such
capacity. These assumptions were developed as part of the forecast of the prices for
products in the capacity market and are discussed in the next section.

Market Analytics took as inputs the monthly regional fuel price forecasts reviewed in the
first three sections (including the regional natural gas forecast and regional forecasts for
petroleum products, coal and fuel wood). Other inputs as discussed in the Inputs section
below were incorporated in order to produce an avoided electric energy cost forecast by
state.

B. Zonal Locational Marginal Price-Forecasting Model

The following section provides a high-level overview of the Global Energy Decisions
(GED)5° EnerPrise Market Analytics data management and production simulation model
functionality. The Market Analytics model was used to develop electricity avoided cost
forecasts. Market Analytics uses the PROSYM simulation engine to produce optimized
unit commitment and dispatch options. The model is a security-constrained chronological
dispatch model that produces detailed and accurate results for hourly electricity prices
and market operations.

The basic geographic unit in PROSYM is a sub region of a control area, called a
“transmission area.” Transmission areas are defined in practice by actual transmission
constraints within a control area. That is, power flows from one area to another in a
control area are governed by the operational characteristics of the actual transmission

‘~ Parts of northeastern Maine are not included in ISO New England.

50 Formerly Henwood Energy Services, Inc.
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lines involved. New England, for example, consists of eleven transmission areas,
including Southwest Connecticut as a zone. The service territories of the New England
distribution utilities are mapped onto the transmission areas, and hourly load data is
entered into PROSYM by distribution utility area. PROSYM can also simulate operation
in any number of control areas. Groups of contiguous control areas were modeled in
order to capture all regional impacts of the dynamics under scrutiny.

PROSYM uses highly detailed information on generating units. Data on specific units in
the Market Analytics database are based on data drawn from various sources including
the US Energy Information Administration (ETA), US Environmental Protection Agency
(EPA), North American Electric Reliability Corporation (NERC), Federal Energy
Regulatory Commission (FERC), and ISO New England databases as well as various
trade press announcements and Global Energy’s own insight. Total existing capacity in
the Market Analytics database was compared with the 2007 CELT report5’ and found to
be reasonably consistent.

For larger units, emission rates and operating characteristics are based on unit-specific
data reported to EPA and ETA rather than on data based on unit type. Operating costs for
each unit are based on plant-level operating costs reported to FERC and assessment of
unit type and age For smaller units (e g, combustion turbines), most input data are based
on unit type. All generating units in PROSYM operate at different heat rates
(efficiencies) at different loading levels This distinction is especially important in the
case of combined-cycle units, which often operate in a simple-cycle mode at low
loadings. PROSYM determines the fuel a unit burns by placing each generating unit into
a “fuel group.” PROSYM does not limit the number of fuel groups used, and creating
new fuel groups to simulate a few unusual units is a simple matter. In New England, for
example, it is especially important to model the operation of dual-fueled units as
accurately as possible.

Based upon hourly loads, PROSYM will determine generating unit commitment and
operation by transmission zone based upon economic bid-based dispatch, subject to
system operating procedures and constraints. PROSYM operates using hourly load data
and simulates unit dispatch in chronological order. In other words, 8,760 distinct load
levels are entered for each transmission area for each study year. The model begins on
January 1st and dispatches generating units to meet load in each hour of the year. Using
this chronological approach, PROSYM takes into account time-sensitive dynamics such
as transmission constraints and operating characteristics of specific generating units. For
example, one power plant might not be available at a given time due to its minimum
down time (i.e., the period it must remain off line once it is taken off). Another unit might
not be available to a given transmission area because of transmission constraints created
by current operating conditions. These are dynamics that system operators wrestle with
daily, and they often cause generating units to be dispatched out of merit order. Few other
electric system models simulate dispatch in this kind of detail.

~ CELT is ISO-NE’s annual 10-year forecast of capacity, energy, loads and transmission.
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The model’s fundamental assumption of behavior in competitive energy markets is that
generators will bid their marginal cost of producing electric energy into the energy
market. The model calculates this marginal cost from the unit’s opportunity cost of fuel52
or the spot price of gas at the location closest to the plant, variable operating and
maintenance costs, and opportunity cost of tradable permits for air emissions.

PROSYM does not make capacity expansion decisions internally. Instead, the user
specifies capacity additions, which increases transparency and allows the system
expansion plans to be specified to reflect non-market considerations. PROSYM also
models randomly occurring forced outages of generating units probabilistically rather
than as deterministic capacity de-rating, thereby producing more accurate estimates of
avoided costs, particular for peak load periods. PROSYM models generating units with a
much higher level of detail including inputs for unit specific ramp rates, minimum
up/down times, and multiple capacity blocks, all of which are critical for accurately
modeling hourly prices. This modeling capability enabled production of locational prices
b~cthTg-pe~od~costentnneratthedes4red-leveFUfdetail.

PROSYM simulates the effects of forced (i.e., random) outages probabilistically, using
one of several Monte Carlo simulation modes. These simulation modes initiate forced
outage events (full or partial) based on unit-specific outage probabilities and a Monte
Carlo-type random number draw. Many other models simulate the effect of forced
outages by “de-rating” the capacity of all generators within the system. That is, the
capacities of all units are reduced at all times to simulate the outage of several units at
any given time. While de-rating usually results in a reasonable estimate of the amount of
annual generation from baseload plants, the result for intermediate and peaking units can
be inaccurate, especially over short periods.

PROSYM calculates emissions of NOR, SO2, CO2. and mercury based on unit-specific
emission rates. Emissions of other pollutants (e.g., particulates and air toxics) are
calculated from emissions factors applied to fuel groups.

C. Input Assumptions Used to Develop the Electric Energy
Price Forecast

The avoided electric energy costs were strongly dependent on the quality of the input
assumptions that were integrated into Global Energy’s zonal price forecasting model. The
input assumptions include: topology, thermal unit characteristics, conventional hydro and
pumped storage unit characteristics, renewable unit characteristics, hourly load profiles,
forecasted annual peak demand and total energy, transmission system paths and
upgrades, Reliability-Must-Run (RMR) Contracts, reserve margin multiplier, additions,

52 A number of generators have the ability to utilize a secondary fuel type. Units that are allowed to burn

gas or fuel oil are allowed to burn oil during the winter months (December, January, and February) and
burn natural gas during the rest of the year. Fuel switching only occurs if oil is the less expensive option
for these plants.
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retirements, uprates, outages, environmental regulations, demand response resources,
marginal cost bidding, installed capacity, and ancillary services.

i. Electric Market Zone Topology

Market Analytics represents load and generation zones at various levels of aggregation.
Assets within the Market Analytics model, including physical or contractual resources
such as generators, transmission links, loads and transactions, are mapped to physical
locations which are then mapped to Transmission Areas. Multiple Transmission Areas
are linked by transmission paths to create Control Areas. For this study, New England is
represented by 11 Transmission Areas that are based on the 13 load zones as defined by
ISO New England for the 2006 Regional System Plan.53 Neighboring regions that are
modeled in this study are New York, Quebec, and the Maritime Provinces.54 Areas
outside of New England are represented with a high level of zonal aggregation to
minimize model run time. The load and generation zones as they were modeled is
presented in Exhibit 5-1.

~ Market Analytics combines western and central Maine/Saco Valley, New Hampshire and southeastern

Maine to form ME-CMP and includes Norwalk/Stamford in CT-SW.
~ The Maritimes zone includes Maine Public Service (MPS) and Eastern Maine Electric Cooperative

(EMEC) which are not part of ISO New England and, therefore, are not included in any of the New
England pricing zones used in this study. MPS and EMEC are not modeled as part of the Maine pricing
zone and were modeled as part of the New Brunswick transmission area. However, the forecast energy
prices for the New Brunswick transmission area were on average within about 1% of the prices for the
modeling zones included in the Maine pricing zone and MPS and EMEC constitute a small portion of
Maine’s total load (approximately 6-7%). Market prices for standard-offer supply have been similar
(considering the timing of procurement) among the three Maine utilities. Therefore, it is appropriate to
apply the avoided costs for the Maine pricing zone to the entire state of Maine.
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Exhibit 5-1. Zones Used to Model New England Electric Market Prices

Southwestern Connecticut including
Norwalk/Stamford

The model explicitly models neighboring control areas that have direct connections to the
New England grid, including New York ISO, the Maritimes region (New Brunswick,
Nova Scotia, and Prince Edwards Island), and Hydro Quebec. These external markets are
modeled in the same manner and simultaneously with New England. The Global Energy
database is used as the primary data source for external regions. New capacity is added to
meet RPS requirements and generic gas capacity is added based on the same
methodology that is used in New England.

ii. Existing Generating Unit Characteristics

(a) Thermal Unit Characteristics

Market Analytics models generation units in detail, in order to accurately simulate their
operational characteristics and therefore project realistic hourly dispatch and prices.
These characteristics include:

New
England

BHE

Region Zone Description
Designation

Northeastern Maine

ME-CMP Southeastern Maine and western and central
Maine/Saco Valley, New Hampshire

NH Northern, eastern, and central New Hampshire/eastern
Vermont and southwestern Maine

VT Vermont/southwestern New Hampshire

Boston Greater Boston, including the North Shore

CMA/NEMA

WMA

Central Massachusetts/northeastern Massachusetts

Western Massachusetts

SEMA Southeastern Massachusetts/Newport, Rhode Island

RI Rhode Island/bordering MA

CT Northern and eastern Connecticut

CT-SW

New York NY NY-ISO control area

Quebec HQ Hydro Quebec control area

Maritimes M Maritimes control area
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• Unit type (steam-cycle, combined-cycle, simple-cycle, cogeneration, etc)

• Heat rate values and curve

• Seasonal capacity ratings (maximum and minimum)

• Variable operation and maintenance costs

• Fixed operation and maintenance costs

• Forced and planned outage rates

• Minimum up and down times

• Quick start and spinning reserves capabilities

• Startup costs

• Ramp rates

• Emission rates (SO2, NON, C02, and mercury)

Exhibit C-2 in Appendix C summarizes the thermal unit characteristic assumptions used
in our modeling.

(b) Nuclear Unit Characteristics

There are four nuclear plants in New England (Millstone, Pilgrim, Seabrook, and
Vermont Yankee) with a combined capacity of 4,775 MW which is approximately 15%
of the total capacity in New England. It is, therefore, important to assess whether or not
all of the units at these plants will continue to operate during the study period. The
exhibit below shows the capacity of each nuclear unit and its license expiration date.

Exhibit 5-2. New England Nuclear Unit Capacity and License Expirations

. AESC Capacity License Expiration
nit Zone MW55 Year56

Millstone 2 CT 940 2035

Millstone 3 CT 1253 2045

Pilgrim SEMA 670 2012

Seabrook NH 1242 2017

Vermont Yankee VT 670 2012

Nuclear capacity values are the nameplate capacity values for these units in the Market Analytics
database.

56 Source — U.S. Nuclear Regulatory Commission: www.nrc.gov.
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License renewals for the Pilgrim and Vermont Yankee plants are currently being
reviewed by the Nuclear Regulatory Commission (NRC) and Seabrook will be coming up
for renewal during the study period. In the past seven years, the NRC has reviewed
license extensions for 27 plants and not one of these applications was denied.57 Based on
this track record and the lack of evidence that suggests that license renewal applications
for any of these plants will be denied, it was assumed that all of the nuclear plants in New
England will continue to operate for the entire study period.

The owners of Millstone have filed an application for a 70 MW uprate on Unit 3 for
operation by the end of 2008.58 Based on the fact that the NRC has never denied an
uprate application,59 it was assumed that this uprate will be approved and the uprated
capacity will be in operation starting in 2009.

The maintenance schedules included in the Market Analytics database are based on
information from the NRC website and the trade press for refueling outages as well as
ISO New England and the Nuclear Energy Institute. Future outages are estimated by
using typical refueling cycle, outage length, and last known outage dates of each plant to
project refueling outages.

(c) Conventional Hydro and Pumped Storage Unit Characteristics

The Global Energy database was used as the primary source all hydro unit information.
Conventional reservoir and run-of-river hydro resources are considered a “fixed energy”
station or contract in the model. Like thermal stations, these stations have a maximum
and minimum generating capacity, but they also have a fixed amount of energy available
within a specified time (i.e., a week or a month). Hydro stations operate generally on
peak in a manner that levels the load shape served by other stations. Hydro stations are
scheduled one at a time over the horizon of a week, subject to hourly constraints for
minimum and maximum generation, and weekly constraints for ramp rates and total
energy. Although the load shape they intend to level is the overall system load, a hydro
station can be scheduled against the load of a specified transmission area or control area.

Pumped-storage type resources (exchange contracts) have slightly different modeling
requirements, typically involving a series of reservoirs used to release water for energy
generation during peak load periods and pump water back uphill during off-peak times
when energy demand and price is lower. The water (fuel) of pumped hydro generation is
valued at the cost of pumping, allowing for net plant efficiency. Hourly reservoir levels
are computed and a look-ahead is employed to prevent drawing the reservoir below the
level where pumping space allows refilling to the desired level before the beginning of
the next peak period.

~ Source — Nuclear Energy Institute:

http://www.nei.org/documents/US.Nuclear_License_RenewalFilings.pdf
58 Source — ISO New England Generator Interconnection Queue

~ Source — U.S. Nuclear Regulatory Commission: www.nrc.gov.
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(d) Renewable Unit Characteristics

The Global Energy database includes several existing renewable generators in New
England. These include wind, biomass, landfill gas, and municipal solid waste-to-energy
facilities. All of these units were modeled as thermal units with seasonal forced outage
rates that reflect historic seasonal capacity factor profiles.

iii. Load Forecast

Historical profiles for each utility were developed by Global Energy Decisions based on a
set of annual historic load shapes. Hourly load profiles based on historical profiles were
calculated for each load serving entity. Loads were then mapped to transmission areas
based on location ratios.

Hourly load data for future years were scaled based on forecasted annual peak demand
and total energy. Forecasted annual peak demand and total energy were derived from the
2007 CELT report and the 2006 Regional System Plan (RSP), published by ISO New
England. The 2007 CELT report was released on April 18, 2007. However, the detailed
load forecast data for the ISO’s RSP zones (which the Market Analytics zones are based
on) was not released in time to be included in the modeling. Instead, the ISO released the
load forecasts for each New England state that it had used to develop the forecast
presented in the 2007 CELT.6° As a result, the load forecasts for each zone in the Market
Analytics model were derived from the ISO-NE 2007 CELT state-level load forecasts for
2007-20 16 as summarized in Exhibits 5-3 and 5-4. For 20 17-2022, load in each zone is
assumed to grow at the Compound Annual Growth Rate (CAGR) of the 2007-2016
period.6’

60 Available on the ISO New England website:

http://www.isonewengland.com/committees/comm wk~rps/prtcpnts comrn/pac/mtrls/2007/apr52007/r
evised %2Opacl8 preliminary rsp load forecast.xls.

61 In July we were advised that the forecast of peak demand and energy we used to develop our forecast of

energy prices was not entirely consistent with the trends currently projected by the ISO for the last five
years of the study, 2017 through 2022. The system load factor from 2017 through 2022 under the
current ISO New England forecast is somewhat higher than that under the forecast we used, reflecting
their assumption that air conditioning penetration will approach a saturation point after 2016. Our
review indicates that our projection of energy prices is still reasonable despite the slight differences in
system load factor from 2017 to 2022. Had we used a forecast with a system load factor consistent with
that currently projected by the ISO, our projected energy prices in peak periods would have been
somewhat lower, all else being equal. However, under such a load forecast the projected mix of
capacity additions would likely have also been different, with less new, efficient CT and CC capacity
added. That change in capacity mix would have resulted in higher projected energy prices. Thus, our
review indicates that using a forecast with a somewhat higher system load factor from 2017 to 2022
would not result in materially different energy prices.
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Exhibit 5-3. Summer Peak Forecast by State (MW)

Note: 2017-2022 values were developed by growing 2~

Exhibit 5-4. Energy Forecast by State (GWh)

16 values by200~-2016 CAG.

2007-2016
State 2007 2016 CAGR 2022

CT 33929 38,060 1.3% 41,127

NH 11,895 13,775 1.6% 15,151
RI 8,463 9,270 1.0% 9,840
VT 6,354 7,020 1.1% 7,496

ISO-NE 132,616 147,190 1.2% 158,111
Note: 2017-2 022 values were developed by growing 2u16 values by 2007-2016 CAGR

Load allocation factors from the ISO New England 2006 Regional System Plan, shown in
Exhibit C-i in Appendix C, were applied to the state-level load forecasts from the 2007
CELT Report to develop the load forecasts for each transmission area. The load
allocation factors represent the portion of each state’s load that is mapped to each RSP
sub-area.62 The load forecasts for each zone in the Market Analytics model are
summarized in the exhibits below.

62 Table 3-6 in the ISO New England 2006 RSP.

2007-2016
State 2007 2016 CAGR 2022

CT 7,317 8,475 1.6% 9,322
MA 12,623 14,595 1.6% 16,053
ME 2,033 2,400 1.9% 2,671
NH 2,444 3,000 2.3% 3,439
RI 1,877 2,185 1.7% 2,418
VT 1,067 1,230 1.6% 1,353

ISO-NE 27,360 31,885 1.7% 35,255
2

MA

ME

i~

11,820 13,390

I flO/,,

1.4%

R~ 7ff)

14,555
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Exhibit 5-5. Market Analytics Modeled Summer Peak Forecast by Zone (MW)

Vote: 2017-2022 values were developed by growing 2~ 16 values by 200 -2016 CAG

Exhibit 5-6. Market Analytics Modeled Energy Forecast by Zone (GWh)

2007-2016
Zone 2007 2016 CAGR 2022
BHE 1820 2062 1.4% 2241

BOSTON 26,224 28,655 1.0% 30,436
CMAINEMA 8,409 9,207 1.0% 9,791

CMP 9,999 11,335 1.4% 12,325
CT 16,749 18,789 1.3% 20,303
NH 9,631 11,130 1.6% 12,227
RI 11,418 12,494 1.0% 13,262

SEMA 14,142 15,441 1.0% 16,391
SWCT 16,843 18,894 1.3% 20,416

VT 7,063 7,888 1.2% 8,482
WMA 10,024 10,959 1.0% 11,644

Note: 2017-2022 values were developed by growing 2U16 values by 2007-2016 CAGR

ISO New England changed its long-run load forecasting methodology this year to reflect
the fact that DSM resources may participate in the Forward Capacity Market.63 Under
this new methodology, the ISO-NE load forecast reflects the future, ongoing impact of
DSM programs implemented up to 2006.64

The load forecast we used in our simulation of the New England market deliberately does
not reflect the potential impact of new DSM programs that would be implemented in
2007 and beyond. The exclusion of those potential impacts is consistent with the purpose
of our study which is to forecast electric energy prices that would occur in the absence of
new DSM programs.

63 Conversation with Dave Erlich, April 9, 2007.

~ In previous years, ISO New England developed a long-run load forecast excluding any future DSM

savings from any programs, past or future in its “Unadjusted Load” forecast, and then subtracted
forecast DSM savings to develop its “Adjusted Load” forecast.

2007-2016
Zone 2007 2016 CAGR 2022
BHE 313 370 1.9% 411

BOSTON 5,501 6,366 1.6% 7,007
CMA!NEMA 1,763 2,044 1.7% 2,253

CMP 1,730 2,045 1.9% 2,278
CT 3,612 4,184 1.6% 4,602
NH 1,963 2,404 2.3% 2,752
RI 2,489 2,891 1.7% 3,193

SEMA 2,976 3,442 1.6% 3,787
SWCT 3,632 4,207 1.6% 4,628

VT 1,246 1,460 1.8% 1,625
WMA 2,087 2,413 1.6% 2,654

2 9
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iv. Transmission System Paths and Upgrades

Transmission path assumptions were developed by Global Energy based on the zonal
transmission paths represented in the ISO-NE 2006 Regional System Plan. The
transmission system within Market Analytics is represented by links between
Transmission Areas. These links represent aggregated actual physical transmission paths
between locations. Each link is specified by the following variables:

o “From” location
• “To” location
• Transmission capability in each direction
• Line losses in each direction
• Wheeling charges

The exhibit below shows the transmission capabilities of each path between New
England zones and between New England and external areas as indicated in the Global
Energy database. These capabilities are consistent with the interface limits that are used
in the ISO New England 2006 RSP.

Exhibit 5-7. New England Zonal Transmission Interface Limits

Capacity
~ “From- Capacity

“From” ToP’ Back
Path Type Name Zone “To” Zone (MW) Notes (MW) Notes

BHE-CMP BHE CMP 1200 1050
2800 As of 1/1/2006

~ CMA-BOSTON CMAINEMA BOSTON 3000
~ 3000 As of 1/1/2008
.~
~ CMA-NH CMA/NEMA NH 912 925
C
W CMA-WMA CMA/NEMA WMA 960 2000
~
S CT-RI CT RI 720 720
z
~ 2575 As of 1/1/2007~ CTSW-CT CTSW CT 2000

3400 As of 1/1/2010
.~ NH-BOSTON NH BOSTON 900 912S
.C

NH-MAINE NH CMP 1400 1500,i~
° NH-VERMONT NH VT 720 715C
.2 RI-BOSTON RI BOSTON 400 400
C)~ RI-CMA RI CMA/NEMA 1480 600
.~
C) RI-SEMA RI SEMA 1000 3000
C

~ SEMA-BOSTON SEMA BOSTON 400 400I
VERMONT-WMA VT WMA 875 875

WEMA-CT WMA CT 680 710
BHE-NBPC BHE Maritimes 600 As of 10/1/2007 1000 As of 10/1/2007

C

~ HYQB-VT HQ VT 225 Peak month 170 Peak month
~ (Highgate) capacity capacity
.0 x CTSW-NYZK CTSW NY 100 100
COW CC
.t ~ MPS-BHE Maritimes BHE 127 127

~ ~ NYZD-VERMONT NY VT 150 150
c 2 Peak month
.2 ~ NYZF-WEMA NY WMA 275 650o ~ o capacity
.~ CU
E w NYZG-CT NY CT 700 500
0 NYZK-CT (CSC) NY CT 300 330
~i... CMA-HYQB(Phase CMAINEMA HO 1300 Peak month 1921 Peak month

II) capacity capacity
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The interface limits presented in the exhibit above include the following transmission
upgrades from the 2006 RSP:65

• Northeast Reliability Interconnect Project — this comprises a new 345 kV
line from New Brunswick to the Orrington Substation in northern Maine and
increases the transfer capability from New Brunswick to Maine by 300 MW.
This project is scheduled to be online by the end of 2007.

• NSTAR 345 kV Transmission Reliability Project — this project involves
construction of a Stoughton 345 kV station and three new underground 345
kV lines, two of which are already completed and the third is scheduled for
completion by the end of 2007. This project increases the Boston import
capability by approximately 1,000 MW.

• SWCT Reliability Project — this project includes two phases of new 345 kV
circuits. The combined effect of these two phases is to increase the import
capability into Southwest Connecticut by approximately 1,100 MW by the
end of 2009.

Transmission system upgrades beyond what was included in the Global Energy database
were considered; however, no additional upgrades needed to be included.

v. Reliability-Must-Run (RMR) Contracts

Unlike the 2005 AESC study, the current study does not consider any costs related to
existing reliability contracts (sometimes called “reliability must-run” or RMR contracts)
as being avoidable. Exhibit 5-8 lists the plants with reliability agreements that last beyond
2007.66 These remaining reliability contracts are scheduled to expire in June 2010 when
the FCM commences operation. Load reductions are unlikely to result in these contracts
being avoided prior to 2010. Prior to 2010 we assume that these units will be needed.
Based on that assumption, if the revenues these units receive from their market sales were
to decline due to load reductions to the point that they were not covering their costs, we
expect that ISO-NE would simply initiate new agreements and collect the revenue
shortfall from New England customers.

~ The Northwest Vermont Reliability Project is not included in this list because it does not affect the

import capability into Vermont.

~ “Reliability Agreements — Annual Fixed Costs Summary,” ISO-NE, April 19, 2007.
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Exhibit 5-8. List of Plants with Reliability-Must-Run Contracts through 2007

2007
CELT

Summer
Plant
Type Cap MW

Annualized Fixed
Revenue Requirement

$IkW-year

vi. New Generation Additions

In order to meet future load growth, new generation resources were added to the existing
generation mix. Market Analytics is not a capacity expansion model that optimizes
capacity additions by choosing among a set of resource alternatives to develop a least
cost expansion plan. Therefore, three types of additions were used to manually add new
resources to meet reserve needs:

• Planned Additions & Uprates — Near-term proposed new additions and uprates to
existing plants that were in development or advanced stages of permitting and had
a high likelihood of reaching commercial operation;

• RPS Additions — Renewable generators that were added to meet existing or
anticipated renewable portfolio standards (RPS) in each state; and,

• Generic Additions — New generic conventional resources that were added to meet
the residual capacity need after adding planned and RPS additions.

(a) Planned Additions & Uprates

The AESC 2007 forecast was based on projects in development or advanced stages of
permitting, as indicated by the 2007 CELT Report, review of the current ISO New

OwnerlUnit
Net of

West Central Mass total FCM
ConEd -- W.Springfield 3 ST 94 $7 $75 -

Berkshire Power CC 229 $26 $113 $13

Pittsfield Gen.--Altresco’ CC 141 $13 $92 -

ConEd —W.Springfield GT-1&2 CT 74 $12 $161 $61

Sub-Total WCMA 539 $58 M $8 M

Connecticut

NRG -- Middletown 2-4, 10 ST. CT 770 $50 $64 -

NRG -- Montville 5,6,10&11

Milford 1 and 2

ST. CT 494 $29 $58

CC 492 $82 $166 $66

PSEG -- New Haven Harbor ST 448 $47 $106 $6

PSEG--BridgeportHarbor2 ST 130 $19 $146 $46

Bridgeport Energy CC 448 $58 $129 $29

Sub-Total Connecticut 2,782 $284 M $54 M
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England interconnection request queue,67 trade press, environmental permit applications
to the state departments of environmental protection, and internal knowledge. New entry
assumptions are shown in the exhibit below. These planned additions represent the
additions that ISO New England has indicated are highly likely to reach commercial,
operation.68

Exhibit 5-9. Planned Additions & Uprates

Projected
Project State AESC Zone Type Fuel On-line Capacity

Date ~

Kleen Energy Project CT CT CC NG/DFO 1/1/2020 620

Peabody Power ‘ MA BOSTON CT NG/DFO 5/1/2008 97

Lowell Power Generators MA CMA/NEMA CT NG 1/1/2008 99

Gas Turbine CT SWCT CT NG/DFO 9/1/2007 90

Hoosac Wind Project MA WMA WT Wind 12/31/2007 30

Fitchburg Renewable Energy MA CMA/NEMA IC LFG 6/30/2007 7

Millstone 3 CT CT NUC NUC 1/1/09 70

(b) RPS Additions

New renewable generation resources will be added to each state to meet existing or
expected renewable portfolio standards (RPS). Each state in New England has different
RPS targets and different requirements for meeting these targets. The major requirements
by state are detailed in Exhibit C-3 in Appendix C.

The resources that are eligible to. meet these targets vary by state; however, it was
assumed that RPS requirements will be met by a mix of renewable resource generation
consistent with the mix of resources in the ISO-NE queue (type and quantity). As a result,
additions included only wind, solar, landfill gas, and biomass generators. The assumed
resource mix was 65% wind, 33% biomass, 1% LFG, and 1% solar.69 It was assumed that
these proportions would remain constant throughout the study period with the following

67 The ISO New England interconnection request queue is a list of proposed new generation resources that

have submitted an Interconnection Request form to the ISO and are in various stages of the
development process.

68 From a presentation by Peter Wong to the ISO New England Planning Advisory Committee on

February 27, 2007:
http://www.isonewengland.com/committees/comm_wkgrps/prtcpnts_comm/pac/mtrls/2007/feb272007/
new_resources_in_the_ISO_queue.pdf.

69 These quantities are based on the mix of renewable resources in the ISO New England interconnection

queue with the additional assumption that 1% of requirements will come from solar PV. The proportion
of solar PV resources will initially be less than 1% and will gradually increase over time to account for
the expected cost reductions and technology improvements in future years.
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exception: the proportion of solar photovoltaic (PV) resources would initially be less than
1% and would gradually increase over time to account for the expected cost reductions
and technology improvements in future years. It was assumed that new RPS resources
would be located based on locations of projects currently in the ISO-NE queue. The
exception will be solar PV, which was distributed in each transmission area
proportionately to load.

The operating characteristics of these resources are shown in the exhibit below. These
assumptions will be based on the technology assumptions used by ISO New England in
its current scenario planning process as well as other sources.

Exhibit 5-10. Operating Costs and Characteristics for New RI’S Additions
Technology Type Biomass Landfill Gas Wind On-shore Wind Off-shore Solar PV Source

Typical Generator Size
(M’iV) 40 5 1.5 3.5
Heat rate 14000 10500 n/a n/a n/a
Fixed O&M costs
(2007$/kW-vr) 51.70 111.83 35.34 50.31 72.46 2,3,4
Variable O&M costs
(2007$IMWh) 0,42 0.00 0.00 0.00 0.00 2,4
Availability 60% 90% 90% 90% 98% 1
NOx (lblMbtu) 0.075 0.03 0 0 0 1
S02 (lbfMbtu) 0.02 0.2 0 0 0 1
CO2 (lb/1~v1btu) 170 0 0 0 0 1
Average Capacity Factor n/a n/a 35% 39% 16% 5
Peak Capacity Credit 100% 100% 19% 26% 40% 5
Sources:
1. ISO-NE 2007. “Resource Assumptions” presentation for the ISO-NE Scenario Analysis Working Group,
4/2/2007
2. AESC 2005, Exhibit 2-25, 2-26 for CC, CT, Biomass, Landfill gas, on-shore
wind
3. PV Fixed O&M: “Energy Cost Savings Module”, Prepared for the Massachusetts DG Collaborative, Navigant Consulting,
January 20, 2006.
4. Off-shore wind: “New Jersey Renewable Energy Market Assessment”, Navigant Consulting,
August, 2004.
5. SO-NE 2007. “Wind and Photovoltaic Assumptions” presentation for the ISO-NE Scenario Analysis Working
Group, 4/2/2007

RPS additions were made to the New England system based on the annual sum of
renewable requirements for each state RPS. Resources were dispersed geographically as
follows:

• Wind — based on currently proposed wind farm development patterns throughout
New England

• Biomass — distributed proportionately to load

• Landfill Gas (LFG) — distributed proportionately to load

• Solar — distributed proportionately to load

The operating characteristics of these resources were based on the technology
assumptions used by ISO New England in its current scenario planning process as well as
our review of assumptions from various other sources.
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(c) Generic Additions

In order to reliably serve the forecasted load in the mid- to long-term portion of the
forecast period, new generic additions were added to the model. A range of generation
technologies was initially considered for this purpose, including gas/oil-fired combined-
cycle, gas/oil combustion turbines, conventional coal, integrated gasification combined
cycle (IGCC), and nuclear. However, the development queue did not indicate that any
coal or nuclear resources would be developed in New England during the forecast period.
Although the region is already heavily reliant on gas-fired pneration and the ISO has
stated a goal of increasing the fuel diversity of the region,7 the costs and risks of
investing in new coal or nuclear generators are very high. Additionally, coal and nuclear
resources are generally baseload units that do not have a significant impact on marginal
costs since they are rarely on the margin. Therefore, generic additions were comprised
entirely of gas/oil fired 300 MW combined-cycle and 100 MW combustion turbines. The
assumed mix of combined cycle and combustion units was 45%/55%. This was based on
the ratio of these types of resources in the ISO New England interconnection queue as of
March 30, 2007. No coal or nuclear units were added.

Generic additions were added until a system-wide reserve target of 14.3%71 was met.
New resources were dispersed geographically based on a combination of zonal need and
historic zonal capacity surplus/deficit patterns. It was anticipated that the Forward
Capacity Market would provide incentive to build new generation in the constrained
zones of Southwest Connecticut (SWCT) and Boston. However, siting new plants in
these zones will likely be difficult. Therefore, it was also anticipated that some new
capacity will be added outside of these zones.

Distributed generation technologies (DG) were considered, but not included, as generic
additions. The decision to not include DG was based on a review of several studies of the
technical and economic potential of DG in New England.72’73’74 Although these studies
suggested that DG capacity in Connecticut and Massachusetts could reach levels of a few
hundred megawatts by the end of the study period, the uncertainty regarding the
economics of these resources made it difficult to predict what level of DG resources will
be installed. Also, the likely penetration level for DG resources is not likely to have a
significant impact on the overall avoided energy costs.

70 Iso New England 2006 Regional System Plan.

71 Target based on ISO New England recommended Installed Capacity Requirements for the 2007 - 2008

Power Year as presented to the Power Supply Planning Committee on March 15, 2007.
72 Beka Kosanovic, PhD. “How Attractive is DE for Massachusetts Energy Users and Society” presented

at the MTC DG Symposium on January 18, 2007.
n Andy Brydges with KEMA, “Projections of DG in Massachusetts” presented at the MTC DG

Symposium on January 18, 2007.
~ Institute for Sustainable Energy at Eastern Connecticut State University 2004. “Distributed Generation

Market Potential: 2004 Update I Connecticut and Southwest Connecticut,” available at:
http:I/www.easternct.eduldepts/sustainenergy/publication!Press%2oReleases/March%2023,%202004%
20-%2ODG%2oUpdate.htm
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vii. Retirements

Global Energy includes assumptions regarding retirement of existing resources. The
Global Energy database uses lifetime assumptions for certain technology types to
determine retirements. However, it was determined that no units should be assumed to
retire given that many units will likely continue to operate for reliability and/or economic
reasons.

viii. Environmental Regulations

Market Analytics has the ability to model multiple effluents and apply costs to these
emissions. This model included price forecasts for SO2, NON, C02, and mercury. The
model included the costs associated with each of these emissions when calculating bid
prices and making commitment and dispatch decisions. Allowance price forecasts
associated with the Ozone Transport Commission (OTC) NO~ Budget Program and the
Acid Rain Program were included in unit operating costs for this study. Allowance price
forecasts were also included to represent future cap and trade emission reduction
programs for mercury and CO2.75

(a) SO2 and NO~

There has been a significant reduction in SO2 and NOx emission allowance costs over the
~last several years. For example, consider the SO2 allowances for 2009: in mid 2005 they
were selling for $670/ton, in March 2006 they were relatively unchanged at $700/ton, by
September 2006 they were down to $570/ton, and by March 2007 they were down to
$430/ton. Similar reductions occurred in the NO~ allowance markets. These reductions
are influenced by a number of factors including the decline in natural gas prices, but a
significant component is that the control costs, especially for NON, are proving to be less
than previously thought.

The establishment of new limits on mercury emissions is leading to the installation of
additional scrubbers which also reduce SO2 emissions. Yet looking to 2010 and beyond,
new limits on air emissions associated with the Clean Air Interstate Rule (CAIR) are
likely to require new controls and push up allowance costs. This is reflected in the
forecast of future allowance costs in the EIA’s AEO 2007. However, considering the
significant price reductions shown in the allowance markets for years both before and
after 2010, the AEO forecast that was constructed in the fall of 2006 now seems too high.
Thus we have adjusted the AEO price forecasts for after 2010 to reflect the relative
changes in the markets between September 2006 and March 2007.

SO2 allowance prices represent a hybrid between recently reported trading prices for SO2
allowance futures76 and the AEO 2007 SO2 allowance price forecast with the adjustments
described above to account for the recent drop in allowance prices. The futures prices
were used for the years 2007 through 2010. The allowance prices for the years 2011 to

~ Emissions caps were not modeled explicitly, instead allowance prices are assumed to represent the

appropriate levels to attain any emission caps set by emission control programs.
~ As reported in Argus Air Daily, March 30, 2007.
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2014 represent an interpolation between the 2010 futures price and the 2015 AEO 2007
forecast price. The AEO 2007 price forecast was used for the years 2015 to 2022.

NO~ allowance prices represent a hybrid between recently reported trading prices for NO~
allowance futures77 and the AEO 2007 NO~ allowance price forecast with the adjustments
described above to account for the recent drop in allowance prices. The futures prices
were used for the years 2007 through 2009. The allowance prices for the years 2010 and
2011 represent an interpolation between the 2009 futures price and the 2012 AEO 2007
forecast price. The AEO 2007 price forecast was used for the years 2012 to 2022.

(b) Mercury

The Clean Air Mercury Rule (CAMR) established a mercury emission allowance cap and
trade program that will begin in 2010. For the allowance price forecast for mercury, we
used the price forecast that was developed by Global Energy Decisions for their Fall 2006
Reference Case Forecast.

(c) CO2

The CO2 allowance price forecast is based upon the Regional Gas Greenhouse Initiative
(RGGI) in the short-run and expected federal greenhouse gas regulations in the long-run.
Allowance prices for each ton of CO2 emitted are based on expected RGGI prices starting
in 2009 and continuing until 2012~~ by which point it is expected that a national cap and
trade program will be implemented for greenhouse gases.7

The allowance price forecast for each effluent is shown in the exhibit below.

“ As reported in Argus Air Daily, March 30, 2007.

78 The RGGI forecast is from the 1PM modeling results for the “RGGI Package Scenario (Updated

October ii, 2006)” which can be found on the RGGI website at the following link:
http://www.rggi.org/docs/packagescenario_l0_i1_06.xls.

~ The forecast for the federal program is based on a review of several proposed federal bills aimed at

reducing greenhouse gas emissions by Synapse Energy Economics. The Synapse CO2 forecast
methodology is documented in Synapse’s June 8, 2006 report, “Climate Change and Power: Carbon
Dioxide Emissions Costs and Electricity Resource Planning,” which can be found at
http://www.synapse-energy.com.
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Exhibit 5-11. Allowance Prices for SO2, NO~, Mercury (Hg) and CO2 (2007$)

S02 NOx Mercury CO,
Year S/ton S/ton $million/ton S/ton

2007 $434 $1,013 $0.00 $0.00
2008 $433 $925 $0.00 $0.00
2009 $432 $800 $0.00 $2.21
2010 $470 $1,171 $12.66 $2.37
2011 $526 $1,715 $12.66 $2.53
2012 $563 $1,750 $12.66 $9.46
2013 $590 $1,750 $12.66 $11.56
2014 $610 $1,750 $12.66 $13.66
2015 $750 $1,750 $12.66 $15.76
2016 $750 $1,750 $12.66 $17.86
2017 $750 $1,750 $12.66 $19.96
2018 $750 $1,750 $12.66 $22.06
2019 $750 $1,750 $12.66 $24.16
2020 $750 $1,750 $12.66 $26.27
2021 $750 $1,750 $12.66 $27.32
2022 $750 $1,750 $12.66 $28.37

(d) Demand Response Resources

Demand response (DR) resources that were directly modeled in this analysis include
resources that were participating in the “RT 30-Minute” and “RT 2-Hour” ISO New
England Demand Response programs as of March 30, 200780 and categorized as “Ready
to Respond.”8’ These resources only operate for a few hours during peak periods;
therefore, they do not contribute significantly to energy prices. However, they do
contribute to total capacity and affect the reserve margin and the need for peak capacity.
These resources are assumed to continue participation in the ISO’s demand response
programs that continue until June 2010, at which point the Forward Capacity Market will
begin and these resources will be required to bid into the FCM to be eligible as capacity
resources. The exhibit below shows the levels of DR that were included in the model in
the 2007-2009 time period by zone.

80 http://www.isoneweng1and.com/genrtion_resrcs/dr/stats/enro11_sum/2007/1rp_as_ofj~3-30-2007.ppt.

81 Ready to Respond means the registration process is complete and the resource is eligible to participate

in an event in which the resource may be called upon by the ISO.
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Exhibit 5-12. Demand Response Capacity Included in the Model for 2002-2009

Zone MW

CT 250

SWCT 250

ME 135

NEMA 70

NH 5

RI 5

SEMA 15

VT 20

WCMA 40

Total 790

These resources were modeled as generating units that act as load reduction resources
that are committed only if all other available generating resources are operating at full
capacity and load is about to be lost. These resources do not set the marginal clearing
price. After 2010, existing demand resources that are currently participating in the ISO’s
DR programs are removed from the energy model as these resources will be required to
bid into the capacity market along with other resources and are not guaranteed to
continue operating.

ix. Market Model Assumptions

(a) Marginal Cost Bidding

All generation units were assumed to bid marginal cost (opportunity cQst of fuel plus
variable operating and maintenance costs (VOM) plus opportunity cost of tradable
permits). It is reasonable to assume that the real markets are not perfectly competitive and
thus the model prices tend to underestimate the prices in the real markets. The energy
price outputs were benchmarked against futures prices.

(b) Installed Capacity

Installed capacity requirements of 114.3% of net internal demand are assumed for the
New England Power Pool (NEPOOL).

(c) Ancillary Services

Market Analytics allows the user to define generating units based on their ability to
participate in various ancillary services markets including Regulation, Spinning Reserves,
and Non-Spinning Reserves. The database includes specifications for these abilities based
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on unit type. Market Analytics generates prices for these markets in conjunction with the
energy market. The spinning reserves market affects energy prices since units that spin
cannot produce electricity under normal conditions. The energy prices are higher when
reserves markets are modeled. The reserves requirements for New England were
reviewed and applied to the model.

D. Results

The three charts presented in Exhibits 5-14 to 5-16 illustrate our results using West-
Central Massachusetts as a representative zone.

Exhibit 5-14 presents our 2007 AESC winter on-peak energy price projections for West-
Central Massachusetts compared to the 2005 AESC projections for that zone. The
“bump” in 2008 on-peak forecast prices as compared to 2007 prices is primarily
attributable to the corresponding “bump” in our forecast of Henry Hub prices in 2008,
discussed in Chapter 2.

Exhibit 5-13. AESC 2007 vs. AESC 2005 — Winter On-Peak Forecasted Prices

0.100

0090 \

0.060 \\

0.070 —— ——

————

0.060

0.050

0.040

0.030

0.020

0.0 10

0.000
2007 2008 2009 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020 2021 2022

Year

—Winter OnPeak 2007 AESC— —Winter OnPeak 2005 AESCI

Exhibit 5-15 presents our 2007 AESC winter off-peak energy price projections for West-
Central Massachusetts and the NYMEX futures for winter off-peak reported for the ISO-
NE hub as of May 2, 2007.
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Exhibit 5-14. Off-Peak Hub Futures Prices vs. Off-Peak West-Central
Massachusetts Forecasted Prices
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Exhibit 5-15 presents our 2007 AESC winter off-peak energy price projections for West
Central Massachusetts and the NYMEX futures for winter off-peak reported for the ISO-
NE hub as of May 2, 2007.
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Our review of the wholesale energy prices that the modeling initially produced revealed
that the projections for certain pricing zones, primarily Vermont and CMA!NEMA, were
higher and more volatile than expected. Further analysis indicated that these unexpected
results were attributable to “unserved energy”82 in significantly more hours than the
remaining zones. To correct that effect, the price assumed for unserved energy was
lowered from $920/MWh, the default value in the model, to $250/MWh, slightly above
the highest hourly prices that were generated by supply resources setting the marginal
price in New England over the study period. That adjustment reduced the volatility of the
zonal prices and produced prices consistent with historical and expected levels.

E. Transmission Energy Losses
Our forecast for marginal energy clearing prices includes inter-area losses for flows
across transmission links between modeling zones. These losses are not reported by the

82 Unserved energy occurs in hours when the model does not have sufficient resources to meet load, and a

portion of the forecast load is “unserved” or interrupted. Under those circumstances the model sets the
price for that hour in that zone at an assumed price for unserved energy price. The assumed price for
unserved energy was set at $920/MWh in the default dataset. Although there were very few hours in
which there was unserved energy, the high price assumed for unserved energy skewed the average
prices for these zones, resulting in average prices in Vermont to be significantly higher than expected.
Because the projections of hours with unserved energy are tied to the projection of outages, whose
timing is randomly determined, the high price of unserved energy also had the effect of causing the
price streams to be highly volatile.

Exhibit 5-15. On-Peak Hub Futures Prices vs. On-Peak West-Central Massachusetts
Forecasted Prices
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model by time of day; therefore we have presented the loss factors for summer and winter
periods only. The losses presented in Exhibits 5-17 and 5-18 represent losses as a
percentage of imports into each zone or state.

Exhibit 5-16. Inter-Area Losses by Modeling Zone as a Percentage of Total Imports

Modeling Zone Summer Winter

BHE 5.12% 2.77%

BOST 0.83% 0.64%

CMA 3.15% 3.01%

CMP 0.11% 0.26%

CT 2.30% 1.89%

CTSW 2.00% 2.00%

NH 8.75% 8.66%

RI 0.79% 0.90%

SEMA 0.57% 0.76%

VT 3.29% 3.20%

WEMA 1.23% 1.23%

New England Average 2.3 1% 2.17%
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Exhibit 5-17. Inter-Area Losses by State as a Percentage of Total Imports

State Summer Winter

CT 2.11% 1.93%

MA 1.98% 1.86%

ME 1.13% 1.19%

NH 4.61% 4.45%

RI 0.77% 0.89%

VT 2.61% 2.50%

New England Average 2.3 1% 2.17%

F. Key Sources of Uncertainty in Forecast Energy Prices

The following variables contribute the greatest degree of uncertainty to the final avoided
electric supply costs:

• Fuel prices, particularly natural gas prices;

• Carbon emission prices; and

• Capacity prices.

Each of these components makes up a significant share of the total cost of electricity and
each is subject to a great deal of uncertainty.

The exhibit below shows the contribution of natural gas prices and carbon prices to the
total energy price. The values in this exhibit were based on a combustion turbine with a
10,000 Btu/kWh heat rate operating at the margin. The three carbon prices were
approximately equal to the Low, Mid, and High price projections for 2015 in the Synapse
carbon price forecast.

Exhibit 5-18. Contribution of Natural Gas Prices and Carbon Prices to the Total
Energy Price

Energy Price Percent CO, Energy Price Percent Variable TotalCarbonGas Price Fuel of Total Emission Carbon of Total EnergyPrice O&MComponent Price Rate Component Price Price

$IIVJMBtu $/MWh % $/ton lbs/MMBtu S/M’vVh % $IIVIWh S/1’vPvVh
5.00 50.00 91% 5.00 120 3.00 5% 2.00 55.00
6.00 60.00 85% 15.00 120 9.00 13% 2.00 71.00
7.00 70.00 80% 25.00 120 15.00 17% 2.00 87.00
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Capacity prices are projected to add an estimated $1O-14/MWh to the energy price.83 At a
$71 energy price, the capacity prices make up 12-16% of the total electricity price.

Carbon prices and capacity prices were based on projections of markets that are not yet
operating, and therefore there is a great deal of speculation around these prices.

83 Connecticut Light and Power 2006 reconcilliation filing, March 30, 2007.
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6. Avoided Electricity Supply Costs
This chapter provides a projection of avoided electricity costs and a description of the
underlying assumptions.

Our avoided electricity supply costs were developed from projections of:

• Generally accepted components of avoided costs including

• electric energy prices from section 5;

• avoided costs from the Forward Capacity Market (FCM),
adjusted for losses on the ISO-administered pool transmission
facilities (PFT); and

• avoided cost of compliance with RPS, and

• Additional components including

• a retail adder, reflecting the risks and costs related to power
procurement;

• demand-reduction-induced price effects (DRIPE) for energy and
capacity; and

• environmental externalities.

These avoided electricity supply costs do not include several components of wholesale
power costs that we consider to be largely or entirely unavoidable through DSM. These
components include the locational forward reserve market, real-time operating reserves,
automatic generation control (also called regulation), uplift, and the reliability contracts
with particular generators.

As requested in the scope of work, avoided electricity supply costs are provided for the
following geographic areas:

• Maine

• Vermont

• New Hampshire

• Connecticut (Statewide)

• Massachusetts (Statewide)

• Rhode Island

• SEMA (Southeast Massachusetts)

• WCMA (West-Central Massachusetts)

• NEMA (Northeast Massachusetts)
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• Rest of Massachusetts (Massachusetts excluding NEMA)

• Norwalk/Stamford

• Southwest Connecticut, including Norwalk/Stamford

• Southwest Connecticut, excluding Norwalk/Stamford

• Rest of Connecticut (Connecticut excluding all of Southwest Connecticut)

A. Avoided Cost of Comp’iance with RPS

Our estimate of avoided costs includes the cost of avoiding, additional costs under the
RPS in the various states that have imposed such standards. In essence, these standards
imply that the conventional power-supply mix imposes excessive costs and risks (which
may be related to environmental damage, resource depletion, or price volatility), and that
the costs of renewables are justified as mitigation. The amount of renewables required is
tied to the amount of energy used, so thiscompliance cost is avoidable, just as the cost of
environmental compliance on avoidable energy or new capacity is. Reduction in load due
to DSM will reduce the RPS requirements of load serving entities (LSE) and therefore
reduce the costs they seek to recover associated with complying with these requirements.

The RPS compliance costs that retail customers avoid through reductions in their energy
usage is equal to the price of renewable energy in excess of market prices multiplied by
the portion of retail load that a supplier must meet from renewable energy under the RPS.
In other words,

Avoided RPS cost renewable energy price premium * RPS percentage

So, in a year in which the renewable energy price premium was $50th’IWh (or 5
cents/kWh) and the RPS percentage was 10%, the avoided RPS cost to a retail customer
would be $0.50 cents/kWh.84

It was relatively easy to develop assumptions for RPS percentages by state over the study
period, as they are generally specified in legislation or regulations. However, research
found relatively few recent public projections of renewable energy price premiums in
New England. One measure of that premium is the price at which Renewable Energy
Credits (RECs) are trading and are projected to trade in the future. However, to develop
an estimate of such a premium one needs to forecast prices in the wholesale energy
market over the study period as well as to forecast prices in the market for “new
renewables.” The difference between these two projections is an estimate of the prices at
which RECs will trade.

Due to the absence of a definitive forecast, two methodologies were considered. The first
is drawn from a recent study by researchers at the University ofNew Hampshire.85 The

~ 5 cents/kWh * 10%.

85 Gittell, Ross and Magnusson, Matt; Economic Impact ofa New Hampshire Renewable Portfolio

Standard, University of New Hampshire, February 2007.
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second simply assumes that the premium will remain at approximately $50/MWh86 over
the study period, on the assumption that policy makers may decide to increase RPS
percentages during the course of the study period, particularly if RECs start trading at
much lower prices.

A comparison of the avoided RPS costs resulting from each approach for 2010 and 2020
can be found in the exhibit below.

Exhibit 6-1. Avoided RPS Costs Under Alternative Forecasts of REC Prices
(Cents/kWh in $2007)

State $50[MWh UNH Report
2010 2020 2010 2020

CT 0.35 0.35 0.23 0.00

MA 0.25 0.75 0.17 0.00

ME 0.50 0.50 0.10 0.00

NH 0.05 0.57 0.03 0.00

RI 0.13 0.70 0.08 0.00

VT 0.23 0.50 0.15 0.00

The AESC 2007 projections of avoided electricity costs are based upon the forecast of
REC prices presented in the study by researchers at the University of New Hampshire.
This methodology was selected because the costs were thought to be more realistic.

B. Avoided Capacity Costs

I. Overview of the Capacity Market

Over the past several years the capacity market In New England has been operating under
a set of installed capacity rules designed to ensure sufficient capacity is available to meet
projected loads. Following challenges to the merits of that framework, the Federal Energy
Regulatory Commission has approved a new framework, the Forward Capacity Market
(FCM), which is scheduled to go into effect in June 2010. Until then, a transition period
framework is, and will be, in effect.

The transition period from the current installed capacity market to the forward capacity
market is December 2006 through May 2010. ISO-NE has set the installed-capacity
(ICAP) prices to be paid to suppliers for each power year (June—May) during that period.
Those prices are $3.05/kW-month through May 2008, $3 .75/kW-month for June 2008
through May 2009, and $4.l0/kW-month for June 2009 through May 2010.

86 This is the range in which RECs are currently trading and of current alternative compliance prices.
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Under the FCM, ISO-NE will set the price for capacity each year based upon the results
of an auction to be conducted three years in advance. However, the auction for the first
FCM year, June 2010 through May 2011, will not be held until February 2008. Later in
2008 ISO-NE will conduct an auction for the second FCM year, June 2011 through May
2012. The basic structure for the auctions has been developed, but some important inputs
— especially the amount of capacity that can be imported to each zone — have not been
released.

The ISO will establish the FCM price from the auction results. For at least the first three
FCM years (June 2010 through May 2013), the price for capacity will be constrained
between a minimum and a maximum equal to -40% and +40% of a reference price
respectively. The reference price for the first FCM year has been set at $90/kW-yr or
$7.50/kW-month.

Suppliers will receive revenues equal to the quantity of capacity they provide times the
auction price minus penalties for any failure to perform and minus an estimate of the
energy profits (called peak energy rent, or PER) that would be earned by a generator with
a 22,000 Btu/kWh.87 The PER that the hypothetical peaker would earn in each hour will
be multiplied by the ratio of load in that hour to the peak load for the power year.

Load will pay costs equal to the quantity of capacity they are required to hold times the
auction price, less credits for any supplier penalties and the PER. The quantity of capacity
that a particular load is required to hold in each month is based on the contribution of that
load to the ISO annual peak. As a result, the total cost of that capacity to that load, i.e.,
dollars per kW times required kW of capacity, is essentially fixed for an entire FCM year.
The unit cost of capacity for a calendar year, $/kW-year, will be the average of five
months at the cost for the power year ending in May of that calendar year and seven
months for the power year starting in June.

ii. Transition Period Avoided Capacity Cost Forecast (2006 — May 2010)

Due to the fact that consumers must pay for all qualifying ICAP supply during the
transition period, none of these capacity costs are avoidable. Public energy-efficiency
programs that qualify for capacity payments under the transition period ICAP system will
receive revenues that their program administrators can credit back to their retail
customers in various ways.

iii. FCM Avoided Capacity Costs (June 2010 onwards)

According to current projections of peak capacity requirements, existing capacity and
anticipated new additions, it is expected that New England will need some quantity of
new capacity to come on-line in the summer of 2010 in order to maintain the desired
reserve margin. Further additions will be required in subsequent years. In this section we
describe our estimate of the annual value of potential new DSM programs in terms of
avoiding the costs of those new capacity additions from June 2010 onward.

87 “Forward Capacity Market Payments, Performance and Charges,” ISO-NE, October 11, 2006, P. 9.
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The AESC 2007 estimate of avoided capacity costs under the FCM is neither designed,
nor intended, to be a forecast of the annual price of capacity in the FCM. Instead, this is
an estimate of the annual value of potential new DSM programs in terms of avoided
capacity costs from June 2010 onward. The forecast was deliberately designed to
estimate the cost of capacity in the FCM in the absence ofany new DSMprograms. This
approach is consistent with the methodology that we used to estimate avoided electricity
market prices. We understand that capacity prices in the first few years of the FCM will
very likely be influenced by the quantity of demand reduction bid by new demand-
response and energy-efficiency resources.

Our ability to develop this estimate was complicated by the absence of any empirical
evidence or experience with this particular form of capacity auction, e.g., the bidding
behavior of existing generators, new supply resources, and new efficiency resources.
Thus, this forecast of avoided capacity costs under the FCM prices is inherently more
uncertain than a forecast for a more-established market structure.

Given those caveats, our forecast of the unit cost of avoided capacity under the FCM is
based on the assumptions listed below. Our approach is also discussed in the context of
an illustrative example presented in Exhibit 6-3. Our assumptions are that:

• Most existing generation capacity will bid in as a “price-taker,” at or below
the minimum FCM price;

• Some existing generation capacity will effectively88 submit bids somewhat
above the minimum FCM price, reflecting their need for incremental capacity
revenue to remain viable;

• there will be a substantial need for new capacity to satisfy RPS requirements,
even after the bids received from existing generation and conventional new
capacity;

• the incremental source of this new capacity will be new peakers;

• The FCM prices will be determined by the price of new peakers;

• The FCM prices will provide developers enough assurance to build enough
peakers to meet the ISO-NE regional capability target, but no more; and

• Capacity will be added preferentially in the areas with the lowest reserves and
the highest FCM prices, gradually equalizing reserves across the region.
Connecticut and NEMA are most likely to have prices higher than average,
and Maine is the zone most likely to have FCM prices below average.

The prices paid to generators should approximate the cost of new entry, which is assumed
to be the fixed costs of a merchant combustion turbine, net of a conservative estimate of
profits from energy sales.89

88 Existing generation owners do not submit regular bids but instead submit “de-list” bids.
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The three ISO adjustments to the FCM auction price were treated as follows:

(a) Non-Performance Penalties

Since bidders offering new capacity are likely to increase their bids to cover the expected
level of outages and non-performance penalties, it was assumed that the price after non-
performance penalties would be similar to the cost of new entry.

(b) Peak Energy Rent

The PER offset is likely to be very small.9° It was assumed that bidders will increase their
bids to cover that small reduction.

(c) Reserve Margin

Each kW of load on the ISO system will be required to support more than a kW of
supply. A reserve margin of 14.3% was assumed, plus an allowance for the demand-
response resources that were assumed in the determination of the required reserves.

89 New peakers are also likely to receive some revenues in the forward reserve market (although this

would require foregoing some energy revenues) and the real-time reserve market. Since the ISO will
reduce the forward reserve price by the forward capacity price, and since the forward capacity auction
will be run long before the forward reserve auction, we assume that developers will not reduce their
capacity bids based on potential future reserve payments.

90 Over the period from 2005 to the present, the PER would have been less than $ 11kW-year.
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iv. Assumed Cost of a New Peaker

The following inputs for the cost of new entry into the forward capacity market were
assumed:

Exhibit 6-2. Inputs for the Cost of New Entry into the FCM

Parameter Value Source
Total Investment $800/kW $700: High end from ISO-NE Stakeholders Analysis

Working Group, “Resource Assumptions Revised”,
4/4/07

$1,000: Upstate estimate for 2xLM6000, Sargent &
Lundy, NYISO ICAP Working Group, “Updated Results
and Discussion: Capital Cost and Performance of New
Entrant Peaking Unit” 3/22/07

Debt-equity ratio 50:50
(_‘n~,f ,.f rI~~I.+

Cost of equity 15%

Debt maturity 20 years

Fixed O&M $ 151kW-yr PacitiCorp’s West Valley (5xLM6000) O&M was

$ 157kW for 2005; increase for higher costs in Northeast
& overheads; decrease for competitive incentives

Variable O&M $5/MWh Sargent & Lundy, op cit

Full-load clean and new 9,700 Sargent & Lundy, op cit.
heat rate

EAF 95%

Income tax rate 40%

Property tax rate 2%
(% of investment)

The financial inputs were intended to represent the low end of merchant risk, reflecting
the fact that the FCM will offer new units the equivalent of five-year fixed-price
contracts, but that developers will be at risk for energy and reserve revenues, and for the
severe penalties for failure to operate at critical hours. (As noted above, it is anticipated
that bidders will take the ISO’s energy-revenue credit and non-performance penalties into
consideration when developing their bids.)

These inputs resulted in a real-levelized fixed cost of about $130/kW-yr, which would be
offset by average net energy revenues of about $3 0/kW-yr, for a net bid price of about

Synapse Energy Economics — 2007 AESC 6-7



$100/kW-yr or $8.33/kW-month.91’92 Increasing that price by a reserve margin of 14.3%
results in a forecast cost to consumers of $114/kW-yr, before adjustments for losses.93

v. Illustrative Example

In Exhibit 6-3 we present an illustrative example of our approach. The key assumptions
underlying this example are as follows:

• The Installed Capacity requirement is 32,000 MW.

• The minimum FCM price is $4.50/kW-month

• There is 30,000 MW of existing generation capacity, of which 26,000 MW is
bid as a “price-taker,” at or below the minimum FCM price, and 4,000 MW
effectively submits bids somewhat above the minimum FCM price;

• 2,000 MW of new peakers submit bids, in increments of approximately 200
MW per bid with prices starting at $7.50 per kW-month and increasing by
$0.083/kW-monthwith each increment;

• The FCM price is set at $8.33/kW-month based upon the bid of last peaker
selected to meet the cumulative need of 32,000 MW.

~ Some peakers will decide to bid into the forward reserve market. They will receive revenues from this

market, but receive less in energy revenues (since they will need to bid into the energy market at more
than 14,000 Btu/kWh).

92 ISO-NE is using an estimate of $7.50/kW-month.

~ The maximum price under the ISO rules would start at $126/kW-yr in 2010— 2011 (i.e., 1.4 x $90/kW-

yr). Assuming a 5% non-performance penalty and a PER offset of$1/kW-yr and adding the 14.3%
reserve margin, the maximum cost to customers would be $ 1361kW-yr. That price would be paid only if
new capacity were more expensive, or less available than expected, or if inadequate transmission among
zones resulted in a some zone separating from the rest of the pool.
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Exhibit 6-3. Illustrative FCM Price with No DSM Bids

vi. Avoided Capacity Costs of New DSM by Year

— — Cumulative Supply
Bids

—~nstalIed Capacity
Requirement ~j

As noted above, there is a high level of uncertainty regarding the capacity prices in the
first few years of the FCM. Moreover, it is possible that in the early years of the FCM the
quantity of demand reduction bid by new demand-response and energy-efficiency
resources could be so large as to avoid not only new peakers, but also some lower-cost
existing capacity. Based upon those considerations, AESC 2007 is proposing a
conservative estimate of avoided capacity-costs. Specifically we are proposing that the
avoided capacity cost of new DSM be as follows:

• 80% of a new peaker ($80/kW-yr) in the year starting June 2010;

• 90% of a new peaker ($90/kW-yr) in the year starting June 2011; and

• 100% of a new peaker ($1 00/kW-yr) in the years from June 2012 onward.

vii. Market Operation

One critical issue in the forecasting of FCM prices is whether prices will be uniform
across the ISO, or whether some zones will decouple from the pool and have higher or
lower prices. If the ISO sets high capacity transfer limits among zones, it is assumed that
the FCM price will be set at the cost of new entry for all zones. If the capacity transfer
limits are lower, FCM prices in the early years will stick at the price cap in the most
capacity-constrained zones (Connecticut and possibly some Massachusetts zones), while
the prices in Maine and possibly Vermont and New Hampshire may be lower than the
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cost of new entry.94 In the absence of any experience with this market, estimating the
lower prices is a matter ofjudgment. Over time, concentration of new resources in the
higher-priced zones would tend to eliminate the FCM price differentials among zones.

The ISO committed to finalize the topology (which would include the local sourcing
requirements and transfer limits) for the first forward-capacity auction in December 2006
and post the final assumptions early in January 2007.~~ The assumptions used in AESC
2007 are consistent with those posted by the ISO in mid-July 2007. If the capacity
transfer limits are the same as the estimates the ISO sponsored in the testimony of David
LaPlante in the Locational ICAP Filing,96 there will be no locational zones in the FCM.97

Our forecast of the avoided cost of capacity in the FCM is $100/kW-yr in 2007 dollars,
based on the cost of new peakers, from June 2010 through the end of the study period.

viii. Reliability-Must-Run (RMR) Contracts

Our study does not include any avoidable costs for reliability contracts for the reasons
outlined herein.

The FCM price projected in this study covers the entire revenue requirement of four of
the ten plants described in Exhibit 5-8, so those plants should not require reliability
agreements.98 The combined-cycle plants are likely to earn at least $80/kW-yr of profit in
the energy markets, so Berkshire, Milford and Bridgeport Energy should be economic
without any special treatment. With the market energy prices projected in this project,
and some uplift compensation for cycling, New Haven Harbor should receive more than
its revenue requirement or at the very least roughly break even. In addition, the cost of
keeping this unit on line is likely to be less than the revenue requirements which the ISO
agreed to pay them. That leaves only the West Springfield CTs and Bridgeport Harbor 2
at risk. The FCM should be sufficient to encourage some developer to build new capacity
in WCMA, if Con Edison bids West Springfield into the forward capacity auction at a
price close to the $161/kW-year revenue requirement. Bridgeport Harbor 2 may no
longer be needed after the operation of the Southwest Connecticut transmission upgrade
and other changes in the system. At worst, the cost of the remaining reliability contract
would be under $5 million for Bridgeport Harbor 2 ($46/kW-year x 130 MW). It is not
clear what magnitude of load reductions would avoid the need for Bridgeport Harbor 2.

~ The caps are 1.4 x $90/kW-yr, or $126!kW-yr in 2010—2011; 1.4 times the average of $90 and the

first-year price ($126) or $151/kW-yr in 2011—2012; and 1.4 x (.25 x $90 + .75 x ($126 + $151) ÷ 2)
= $177/kW-yr in 2012—2013.

~ “Establishing New England System Topology Assumptions for the Forward Capacity Market,”

Transmission Owners Meeting, October 19, 2006, p. 4.
96 FERC Docket No. ERO3-563-030, August 31, 2004.

~ This is also the conclusion of “Report on the Electricity Sector Needs of Connecticut, 2007 —2021,”

London Economics International, on behalf of the Connecticut DPUC, August 25, 2006.
98 As noted above, DSM resources may reduce actual FCM prices in the first few years of the market’s

operation. If those conditions materialize, some of the RIvER generators may request new contracts,
creating the opportunity for additional DSM to avoid RMR costs. This factor would tend to offset the
reduction in avoidable FCM prices and stabilize the value of DSM.
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ix. Comparison to 2005 AESC Estimates of Capacity Costs

The 2005 AESC study, based on the administrative “demand-curve” method then
proposed by ISO-NE for setting locational installed capacity prices, estimated capacity
prices that varied by year and zone. The levelized capacity prices for 2006—2020 (in 2005
dollars, excluding reserves) were $48/kW-year for Maine, $71/kW-year—$74/kW-year in
various parts of Connecticut, $72/kW-year for Boston, and $68/kW-year in other zones.
Even with reserves and inflation, the values from the 2005 study are lower than the
current estimates, primarily due to the differences in the anticipated ISO capacity
markets.

x. Derivation of FCM Load Reduction Credits

When preparing our analysis of the FCM, we estimated the capacity credits that program
administrators programs would receive if they bid DSM programs into the forward
capacity auction. ‘those estimated capacity credits are presented in our Avoided
Electricity Costs in Appendix E. These revenues reflect our estimates of the approximate
levels at which prices will clear in the FCM. Those levels are:

• $80/kW-yr in the year starting June 2010;

• $90/kW-yr in the year starting June 2011; and

• $100/kW-yr in the years from June 2012 onward.

It is important to note that these capacity credit revenues are not a component of the
AESC 2007 avoided electricity costs.99 Instead, we have simply provided this estimate
for the convenience of program administrators. For example, regulators may ask program
administrators for an estimate of the FCM revenues they expect from the programs they
bid into that market.

Our estimation of those credits is based upon our projection of the prices in the FCM and
the procedure that ISO-NE will follow to determine credits for load reduction resources
from those prices)00 Under that procedure ISO-NE will determine the credit, i.e., $/kW x
kW of load reduction, to provide a load reduction resource based upon its actual
performance in two key periods, a summer period of June, July, and August, and a winter
period of December and January. In the remaining months the ISO will pay a capacity
credit to that resource based on its performance in each of those periods, specifically:

~ These revenues are not benefits for New England customers as a whole under the Total Resource Cost

(TRC) cost-benefit test, since customers will be paying the FCM charges, as well as getting the benefits
of the FCM revenues offsetting DSM costs.

100 For more detail and the treatment of dispatchable demand-side resources, see “Introduction to Demand

Resource Participation in New England’s Forward Capacity Market,” ISO-NE presentation at the
Sheraton Springfield Monarch Place Hotel, February 16, 2007.
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• In April, May, September, October, and November, the ISO will pay a credit
equal to the resource’s average reduction in June, July, and August; and

• In February and March, the ISO will pay a credit equal to the resource’s average
reduction in December and January.

Exhibit 6-4 summarizes the rules for load-reduction credits:

Exhibit 6-4. Procedure for Determination of Load Reduction Credits

Type of Demand Month
Resource

Dec Jan Feb Mar Apr May Jun Jul Aug Sep Oct Nov

“On-Peak” 5 to 7 pm 1 to 5 pm
Average of Average of Average of Jun
Dec & Jan Jun-Aug

“Seasonal” Load>90% credits credits Load>90% Aug credits
forecast forecast summer

winter peak peak

Thus, the actual load reduction that a resource achieves in each of the three summer
months of June, July, and August will determine the capacity credit it will receive for the
equivalent of 2.67 months, i.e. one summer month plus 1.67 shoulder months. The 1.67
shoulder months represents one-third of the credit for each of the five months whose
credit is based upon summer performance. Similarly, the actual load reduction that a
resource achieves in each of the two winter months of December and January will
determine the capacity credit it will receive for the equivalent of 2 months, i.e. one winter
month plus 1 shoulder month. The 1 shoulder month represents one-half of the credit for
each of the two months whose credit is based upon winter performance. The FCM values
presented in the Avoided Electricity Cost workbook in Attachment D are the effective
annual values that a resource will receive for load reduction in each summer month and
in each winter month, e.g., summer value ($/kW-month) = 2.67 * xxx $/kW-month;
winter value ($/kW-month) 2.0 * xxx $IkW-month.

C. Adjustment of Capacity Costs for Losses on ISO-
Administered Pool Transmission Facilities

There is a loss of electricity between the generating unit and the ISO’s delivery points,
where power is delivered from the ISO-administered pooi transmission facilities (PTF) to
the distribution utility local transmission and distribution systems. Therefore, a 1 kilowatt
load reduction at the ISO’s delivery points, as a result of DSM on a given distribution
network, reduces the quantity of electricity that a generator has to produce by 1 kilowatt
plus the additional quantity it would have had to generate to compensate for losses.’0’

101 Computations of avoided costs sometimes assume that only average, and not marginal, losses are

relevant at the peak hour. The reasoning for that approach is that changes in peak load will lead to
changes in transmission and distribution investment, keeping average percentage losses approximately
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The energy prices forecast by the Market Analytics model reflect these losses. However,
the forecast of capacity costs from the FCM do not. Therefore, the forecast capacity costs
have to be adjusted for theses losses. We are proposing that they be adjusted by a
marginal demand loss factor of 3.38%.

The marginal loss of 3.38% was estimated by regressing the system losses against real
time demand for the top 100 hours in summer 2006 because the ISO does not appear to
publish estimates of the losses on the ISO-administered transmission system at system
peak. Losses were computed as the difference between ISO-reported values for System
Load, which it defines as the sum of generation and net interchange, minus pumping
load, and Non-PTF Demand, the term that the ISO uses for the load delivered into the
networks of distribution utilities. While PTF losses probably vary among zones, losses by
zone could not be identified using the available data.

While there was a large scatter in the data (probably due to plant availability, import
availability, and the changing geographical mix of load), there was a clear upward trend
in losses with load as shown in the exhibit below.

equal. The AESC 2007 avoided costs do not include any avoided PTF investments, so marginal losses
are relevant in this situation.
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Exhibit 6-5. PTF Losses vs. Non-PTF Demand for the Top 100 Summer Hours, 2006

650

H

22800 23800 24800 25800 26800 27800

Non-PTF Demand

The regression equation was PTF Losses = 0.033 8 x Non-PTF Demand — 350. While the
adjusted R2 was just 0.44, the marginal demand loss factor of 3.38% had a t-statistic of
8.9 and a 95% confidence interval of 2.6% to 4.1%.

D. Reta~! Adder

Retail prices for full-requirements fixed-price contracts are generally higher than the sum
of wholesale energy and capacity prices during the time period in which the electricity is
being consumed. This differential was shown in the 2001 AESC report, and remains in
effect today, even after consideration of the cost impacts of ancillary service, uplift, and
load shapes.

The primary factor underlying the retail adder appears to be costs suppliers incur to
mitigate their risk of under-recovering their costs. These risks arise from the potential for
their supply costs to exceed their revenues, i.e., under contracts in which suppliers do not
have a “true-up” provision or adjustment to ensure that their revenues equal their costs.
The potential for supply costs to exceed revenues arises due to factors such as unexpected
variations in weather, economic activity and and/or customer migration. For example,
during hot summers and cold winters LSEs may need to procure additional energy at
shortage prices while in mild weather they may have excess supply under contract that
they need to “dump” into the wholesale market at a loss. The same pattern holds in
economic boom and bust cycles. In addition, the suppliers of power for utility standard
service offers run risks related to migration of customer load from utility service to
competitive supply (presumably at times of low market prices, leaving the supplier to sell
surplus into a weak market at a loss) and from competitive supply to the utility service (at
times of high market prices, forcing the supplier to purchase additional power in a high-
cost market).

Synapse Energy Economics — 2007 AESC 6-14



No utility sponsor of this project was able to provide public information on the retail
adders implicit in the prices bid by their suppliers. Analyses of confidential supplier bids
in other projects suggests that a 10% retail adder is realistic.’02 This adder was applied to
the avoided wholesale energy prices and avoided wholesale capacity prices.’03

The details of the risks and costs of serving load are somewhat different in Vermont and
for Public Service of New Hampshire, where vertically-integrated utilities procure power
from owned resources and a variety of long- and short-term contracts. It is possible that
those utilities face risks similar in nature and magnitude to those of the competitive
suppliers for new, marginal supplies. However, we were unable to confirm the nature and
magnitude of the risks, and associated costs of risk mitigation, that those utilities face.

E. Demand-Reduction-Induced Price Effects (DRIPE) for Energy
and Capacity

The Demand-Reduction-Induced Price Effect (DRIPE) is the reduction in prices in the
wholesale energy and capacity markets resulting from the reduction in need for energy
and/or capacity due to efficiency and/or demand response programs. This section
describes the AESC 2007 estimates of energy DRIPE and capacity DRIPE. Our estimates
indicate that the DRIPE effects are very small when expressed in terms of an impact on
market prices, i.e., reductions of a fraction of a percent. Moreover, we project that those
effects will dissipate over four to five years as the market reacts to the new, lower level of
energy and capacity required. However, the DRIPE impacts are significant when
expressed in absolute dollar terms. Very small impacts on market prices, when applied to
all energy and capacity being purchased in the market, translate into large absolute dollar
amounts.

I. Energy DRIPE

Energy-efficiency measures installed in any one year will have an immediate downward
effect on energy prices because the lower load growth will allow lower-cost resources to
be at the margin—and set the price—in more hours. This impact is referred to as energy
DRIPE. However, those price effects are not likely to persist many years, despite the
persistence of energy savings. The lower energy prices will tend to change the mix of
generation used to supply the market, which in turn will eventually lead to higher prices
erasing the effects of lower loads.

DRIPE in the energy market was estimated based on the following three factors:

102 The magnitude of the adder is smaller for near-term procurements than for power procured years in

advance, and is higher for congestion into load pockets (such as Connecticut) than for supply to
unconstrained areas. The 10% value is a reasonable estimate for the standard-service procurement
schedules in most states.

103 We are unsure how suppliers will structure power supply contracts to capture the risk premium for

energy and capacity moving forward. As a result, our recommendation is that the retail adder be applied
uniformly to both energy and capacity values.
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• The effect of load reduction on market energy prices, if all energy traded in
the spot market and the supply system did not change as a result of DRIPE
effects;

• The pace at which supply will adapt to energy-efficiency load reductions; and

• The percentage of power supply to retail customers that is subject to market
prices in the current year and each future year.

The final DRIPE was the product of the direct effect from the first factor, times the
percent of the effect not yet eliminated by supply adaptation from the second factor,
times the percentage ofpower supply that is subject to market prices from the third
factor. The DRIPE value may differ by month (or season) and zone.

(a) Effect of Load Reduction on Market Energy Prices

The determination of DRIPE starts with an analysis of the historical variation in
locational energy market prices as a function of variation in zonal and regional loads. To
minimize the effect of changes in fuel prices, each month was analyzed separately, over a
period of at least the last year. Due to the unusual weather in the winter of 2006—2007,
analyses from the preceding winter were included.

The basic form of this historical analysis was a regression of day-ahead hourly zonal
price in dollars per MWh against both day-ahead load in the zone and day-ahead load in
the rest of the ISO control area (rest of pool, or ROP). If one of the resulting coefficients
was implausible or insignificant, the zonal price was regressed on total pool load and the
resulting coefficient was used for both the own-zone and ROP load. These analyses were
performed separately for on- and off-peak hours, since it was expected (and observed)
that the slope of market price as a function of load would be higher on-peak.

These results indicate that each additional MW of load in a zone typically increases price
in that zone by from 0.4Ø!MWh to 4.5ØIMWh, depending on the zone and month. An
additional MW of load in the ROP typically increases prices from 0.3~/MWh to
2.OØ/MWh. The price effect is consistently higher on-peak than off-peak.

The total effect on the regional prices in a particular month, if all transactions moved with
the day-ahead market price, would be the sum of the following two components:

• the average hourly load in the zone times the zonal effect, and

• the sum over zones of the average hourly zonal load times the effect of ROP
load on that zone.

The coefficients in Exhibit 6-6 result from the on-peak regressions for June 2006.
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Exhibit 6-6. Coefficients from June 2006 On-Peak Regressions

Coefficients Average Potential
$/MWh per MW Hourly Load DRIPE

Zone Own Load ROP MWh $JMWh

CT 0.0211 4,345 91.8

ME 0.0031 1,419 4.4

NH 0.0040 1,530 6.1

RI 0.0050 1,104 5.5

VT 0.0052 686 3.6

NEMA 0.0068 3,458 23.5

SEMA 0.0049 1,949 9.6

WCMA 0.0037 2,282 8.4

Total 152.8

In this example, reducing Connecticut load one on-peak MWh would reduce regional
power bills for the remaining load by about $153, if all prices followed the day-ahead
market.

~(‘b) Pace at which Supply will Adapt to Load Reductions

As noted above, a reduction in load will reduce actual and projected prices relative to the
levels in the absence of that reduction (the reference case). That reduction in prices will
tend to change the mix of generation used to supply the market. This is referred to this as
supply adaptation. For example, the lower prices due to energy-efficiency investments
may cause the following changes in the supply mix:

• A merchant developer may choose to develop a combustion turbine (CT)
rather than a combined-cycle (CC) unit, if the CC’s reduced energy revenues
do not seem likely to cover its additional fixed costs;

• The developer of a potential combined-cycle unit will generally bid a higher
price for its capacity (since energy revenues will cover less of the cost),
resulting in selection of a combustion turbine in the FCM auction and hence
construction of a CT rather than a CC;

• The owner of an old plant (such as a coal plant) that has low variable
production costs but requires operational or environmental investments may
decide to retire or mothball the plant, due to the lower energy revenues from
continued operation;104 and/or

• The owner of a baseload or intermediate plant may decide to defer spending
that would increase its capacity or reliability, since the incremental revenues
would not justify the expenditures.

104 This is not an entirely hypothetical concern, given the costs of upgrading existing coal (and some oil)

plants to meet tighter limits on air emissions and (for Brayton Point) use of cooling water.
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As the supply mix changes in these and similar ways, energy prices would tend to
increase back towards reference case levels. Once this supply adaptation has caused
energy prices to recover from the effects of the load reduction, the future decisions by
developers, owners and the ISO should be essentially the same as they would have been
without the load reduction. Thus, supply adaptation ceases once the price effect has been
extinguished.

Supply adaptation will take several years to eliminate all DRIPE, since the supply system
cannot immediately respond to the reduction in load. For example, the downward
pressure on energy prices due to efficiency measures implemented in one year (e.g.,
2009) may not immediately affect expectations of market energy prices. The reductions
may only be reflected in decisions to bid FCM capacity in the next year (e.g., 2010) for
capacity to be delivered three years later (e.g., 2013).

Estimating the extent of delay in adaptation of the energy market to efficiency-related
load reductions is subject to considerable uncertainty. Considering project lead time
(including the operation of the FCM market) and past experience with over- and under-
building cycles, it is believed that supply adaptation will offset the price effect of DSM
over a period of four years after the installation of the measure, with an offset of 0% in
years one and two, 35% in year three and 65% in year four.

(c) Share of Retail Power Supply at Current Market Prices

Were all retail power supply provided under cost-of-service pricing or long-term
contracts, a short-term reduction in wholesale market prices would have little effect on
retail supply prices paid by customers. At the other extreme, if retail customers were
being supplied 100% from the spot market and paying spot-market prices, they would
experience the benefits of short-term reductions in wholesale market prices fully and
immediately. The actual mix of power supply under contract for various periods into the
future varies among the states, among the utilities within some states, between municipal
utilities and independently owned utilities (lOUs), and between customers on standard
utility offer (standard service, default service, last-resort service, etc.) and those served by
competitive suppliers. The standard-offer mixes are subject to legislative and/or
regulatory change.

The exhibit below summarizes the contracting patterns for power supply by state and
type of utility and/or supply arrangement.
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Exhibit 6-7. Share of Power Supply Under Contract

Percent Share of Power Supply
of state Under Contract

Supply Type load 1st Year 2nd Year 3rd Year
b

Connecticut Standard Service 62% 90% 50% 10%

SOLR 10% 50% - -

Competitive Supply 25% 80% 50% 20%

Munis 3% 95% 90% 85%

Maine Residentia{ 40% 85% 10% —

Med & Large 15% 45% — —

Competitive Supply 40% 80% 50% 20%

Munis & Coops 5% 95% 90% 85%
h

Massachusetts NStar + CLC Res & Sm C&I 20% 90% 50% 10%

Competitive Supply 40% 80% 50% 20%

Munis 15% 95% 90% 85%
k

New Hampshire PSNH 100% 80% 75% 75%

Other 85% 90% 50% 10%

Rhode Island NGrid 85% 90% 50% 10%

Pascoag 100% 95% 95% 95%

Competitive Supply 62% 90% 50% 10%

Vermont All 10% 50% — —

NOTES

First year is twelve months from measure installation.

Based on the current procurement pattern.

Purchases six months at a time, two months before need, one month lag in load data. Depending on timing,
energy-efficiency measures start to affect purchase prices in three to nine months.

Assume mostly three-year large-C&I contracts, some of which will be expiring in each year. Cost under various
contract reduced by flow-through of various costs (e.g., congestion). Same pattern assumed for all states.

Assume mostly long-term contracts.

Purchases twelve months at a time, four months before need, one month lag in load data.
g
Purchases six months at a time, one month before need, one month lag in load data.

The policy is in flux, moving to longer-term procurements. Assumed here to equal the pattern of acquisitions in
Connecticut.

‘Purchases half of requirements for next year every six months. Assume two months before need, one month lag
in load data.

Purchases three months at a time, two months before need, one month lag in load data. Depending on timing,
energy-efficiency measures start to affect purchase prices in three to six months.

kFrom PSNH’s 2005 FERC Form 1, Other Service purchased power (pp. 326—327) net of Other Service sales (pp.

310—311), which was 25% of sales + losses (p. 401). Other Service is for less than one year and/or non-firm.
Since some of the Other Service may be contracted for some period within the first year, we assumed 80% was
contracted in the first year and 75% thereafter.

flth~rP~ & Sn, (~‘J 70%

Larce C/I DS~ 5% 40%
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In each state, most of the power supply for the immediate twelve months is under
contract. In all states except New Hampshire and Vermont, the existing contracts expire
over the next couple years, so consumers will be subject to future market prices reflecting
the effects of DSM. Exhibit 6-8 summarizes the estimated portion of retail power
supplies exposed to market prices, and hence benefiting from the effect of DSM on price,
over time.

Exhibit 6-8. Share of Power Supply Exposed to Market Prices

1st Year 2nd Year 3rd Year 4th Year

Connecticut 16% 54% 86% 98%

Maine 22% 71% 88% 96%

Massachusetts 20% 56% 77% 88%

New Hampshire 20% 25% 25% 25%

Rhodelsland 11% 50% 88% 100%

Vermont 5% 5% 5% 5%

Sales-Weighted
Regional Average 18% 52% 74% 83%

Multiplying the share of the load exposed to market prices by the portion of the price
effect not yet offset by supply adaptation produces an estimate of the percent of load
affected by DRIPE. This can be expressed as a formula:

% of load subject to energy DRIPE = (1- supply response) x % ofpower supply prices at
market

Exhibit 6-9 provides, for each state, the result of reducing the share of load exposed to
market prices from the exhibit above by the supply response in the first line of the exhibit
below.

Exhibit 6-9. Percent of Load Affected by Price Effect

1st Year 2~ Year 3rd Year 4th Year

Supply Response 0% 0% 35% 65%

Retail DRIPE Effect

Connecticut 16% 54% 56% 34%
Maine 23% 72% 57% 34%

Massachusetts 20% 57% 50% 31%
New Hampshire 20% 25% 16% 9%
Rhode Island 12% 50% 58% 35%

Vermont 5% 5% 3% 2%
Sales-Weighted
Regional Average 18% 52% 48% 29%
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Applying those percentages to the potential energy DRIPE produces the energy DRJPE.
Continuing with our sample calculation from Exhibit 6-6, we can calculate the energy
DRIPE effects of a 1 MWh reduction in energy uses in Connecticut in June 2007. That
calculation, presented in Exhibit 6-10, results in an impact of $26/MWh.

Exhibit 6-10. Example Calculation of Energy DRIPE Effects of DSM in CT in June
2007

Percent of Load
Potential DRIPE affected by Price Effects by

Zone Price effect Zone
$/MWH % $/MWH

a b c=a*b
CT 91.8 16% 14.7
ME 4.4 22% 1.0
NH 6.1 20% 1.2

5.5 11% 0.6
3.6 5% 0.2

NEMA 23.5 20% 4.7
SEMA 9.6 20% 1.9
WCMA 8.4 20% 1.7
Total 26.0
Sources Exhibit 6-4 Exhibit 6-7

In Exhibit 6-10 we present our forecast of energy DRIPE effects by zone, year and
season, expressed in dollars per MWh saved in each zone.
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Exhibit 6-11. Price Effects by Zone (2007$ per MWh Saved)

Zone
Year Season CT I ME I Nil I RI I VT NEMA I SEMA I WCMA

On-Peak
1 Summer 33.2 23.7 28.3 24.1 24.5 28.9 31.0 26.1

1 Winter 16.5 15.1 15.2 14.5 14.6 15.2 18.1 15.4

2 Summer 100.2 69.3 75.5 70.3 71.2 84.0 90.1 76.0

2 Winter 48.7 44.1 42.3 42.6 42.1 43.9 52.3 44.5

3 Summer 97.1 65.1 69.4 66.0 66.8 78.2 83.6 71.1

3 Winter 46.3 40.8 39.2 40.3 39.4 40.9 48.4 41.5

4 Summer 59.1 39.5 41.9 40.1 40.6 47.6 50.9 43.2

4 Winter 28.1 24.7 23.7 24.5 23.9 24.9 29.5 25.2

Off-Peak
1 Summer 16.4 10.1 14.2 10.4 9.8 12.6 12.6 9.7

1 Winter 13.3 12.4 14.4 11.8 11.5 13.1 14.1 11.7

2 Summer 50.5 29.8 34.0 31.4 28.6 36.7 36.7 28.5

2 Winter 39.4 36.5 37.1 34.7 33.5 38.0 41.0 34.1

3 Summer 49.5 27.6 30.1 29.9 26.6 33.8 33.8 26.5

3 Winter 37.3 33.5 33.5 32.6 31.1 35.2 37.8 31.7

4 Summer 30.1 16.7 18.1 18.1 16.2 20.6 20.6 16.1

4 Winter 22.7 20.3 20.2 19.8 18.9 21.4 23.0 19.3

We used the same set of Massachusetts estimates of percentage load affected by price
effects for all three Massachusetts zones.

ii. Capacity DRIPE

One would expect that the reduction of load due to efficiency programs should reduce
capacity prices in the forward capacity market as well as on electric energy prices in the
wholesale energy markets. However, since the forward capacity market will set prices
roughly three years in advance, and is likely to be tied closely to the cost of new entry, it
is expected that capacity prices will not be very sensitive to small changes in load growth,
so long as the growth in load plus retirements of existing capacity continues to require
some generic new capacity. Nonetheless, even a small change in market capacity prices
could have significant cumulative effects across New England.

The AESC 2007 approach to estimating capacity DRIPE was fundamentally different
from that in the 2005 AESC report because ISO-NE has moved from an ICAP approach
to a FCM. At the time of the 2005 AESC report, ISO-NE was proposing an installed-
capacity (ICAP) market with prices determined administratively, based on the ratio of
capacity resources to peak load. Accordingly, the 2005 report estimated the effect of
reduced peak load on the administrative determination of price. Since that time, ISO-NE
has abandoned that ICAP market and replaced it with the forward capacity market.
DRIPE effects in the FCM are difficult to estimate and are likely to be small.
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It is expected that several generating units will bid into, and be selected under, the annual
FCM auction (i.e., a supply curve). The cost of the most-expensive unit selected, the
marginal new peaking unit, will set the FCM price from that auction. The capacity
DRIPE was calculated by estimating the impact of energy-efficiency bid into the FCM on
the FCM price. Energy efficiency bid into the FCM would shift the supply curve to the
right. The impact of this energy efficiency on FCM prices will very much depend upon
the quantity that is bid. If a very small quantity of DSM is bid, the impact on the supply
curve may not be large enough to eliminate the need for the marginal new unit and hence
there would be no impact on the FCM price. On the other hand, if a very large quantity of
DSM is bid, the impact on the supply curve may be large enough to eliminate the need
for the most expensive and next most expensive peakers and thereby allow the market to
clear at the cost of the third most expensive peaker.

Energy efficiency that is not bid into the FCM will also have a capacity DRIPE effect.
However, those effects may be delayed, since the effect on pricing will occur starting
~

ISO reduces the installed-capacity requirement for the capacity auctions two or three
years later. In contrast, bid DSM will affect the FCM price for the auction into which it is
bid, potentially reducing prices in the year the DSM is implemented.

Our application of this approach can be illustrated by building upon our example of the
FCM presented earlier in Exhibit 6-3. In that example, we assumed that new peaker units
would submit bids in increments of 200 MW, that the difference between their bid prices
would be $1/kW-yr or $0.083/kW-month, and that the FCM would clear at a price of
$8.33/kW-month. Now, we consider a second scenario, presented in Exhibit 6-11, in
which 525 MW of DSM is bid into the market. That quantity of DSM would effectively
shift the supply bid curve to the right by 600 MW, the impact of 525 MW of DSM when
adjusted for a reserve margin of 14.3%. In this scenario, the FCM now clears at
$8.08/kW-month, a reduction of $0.25/kW-month.
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Exhibit 6-12. Illustrative FCM Price with 525 MW of DSM Bids

$9.00

New Lower FOrecast

$8.00 ____________

$7.00
E

~ $6.00

~ $5.00
ci
LL

$4.00

$3.00
20,000 22,000 24,000 26,000 28,000 30,000

MW bid

Based upon these assumptions, each MW of DSM bid into the market would reduce the
market-clearing price by an average of $0.0057/MW-year)°5 Thus, each kW of DSM
would reduce the market-clearing price by an average of $0.0000057/kW-year. That
seems like a minute effect, but it would reduce the price of some 33,000 MW of pool-
wide capacity requirement by 201 1, for a total potential DRIPE effect of about $1 907kW-
year of load reduction.’06 We recommend that this estimate be updated by analyzing
actual bids once ISO-NE releases the bids received in the FCM auction in 2008.

For the 2008 DSM program year, assuming that the savings are bid into the first FCM
auction in February 2008, the capacity DRIPE effect would apply to the power year
starting June 2010. Since that effect would only apply to seven months in 2010, and since
the analysis that produced the Share of Power Supply Exposed to Market Prices exhibit
above suggests that about 65% of ISO load (between the second and third-year results)
would be exposed to the market 2’/2 years into the future, the capacity DRIPE for 2010
might be about $72/kW of load reduction in the 2008 program plan.’°7 For 2011, capacity
DRIPE mi~ht rise to $ 1407kW for a full year of FCM with less supply (about 25%) under
contract.10 The impacts of efficiency implemented under the 2009 DSM program year
would be similar.

105 ~ 1/kW-yr 525 MW = $0.0057/kW-yr per MW of load reduction. We divide by 525 MW, because 175

MW of load reduction, when grossed up by a reserve margin of 14.3%, would avoid the need for
600MW or 3 peakers at 200 MW each.

106 33,000,000 kW x $0.000057/kW—yr per kW of load reduction $ 1901kW of load reduction.

107 $ 1907kW x 65% x 7/12 = $72/kW

108 $ 1907kW-yr x 75% $140/kW-yr.

— — Cumulative Supply
Bids

— Installed Capacity
Requirement

—Cumulative Supply
Bids +525 MW of
DSM

32,000
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As difficult as it is to estimate the rate at which the energy market (which has operated in
a similar manner for several years and is relatively well understood) will adapt to the
addition of energy-efficiency, the FCM market is much harder. The best estimate, using
the limited historical experience with response of the capacity markets to over- and
under-building situations, is that the FCM DRIPE will dissipate linearly over the fourth
and fifthyears following the implementation of the energy-efficiency measures. With
these assumptions, capacity DRIPE would be as follows:

Exhibit 6-13. Capacity DRIPE by Year and Program Year (2007$/kW)

DSM Program
Year

Year 2008 2009

2010 $72

2011 $140

hij.Lh ~i’fV

2013 $40 $90

2014 $40

(d) Comparison to 2005 AESC DRIPE Estimates

The 2005 AESC study estimated capacity DRIPE based on the administrative “demand
curve” method then proposed by ISO-NE for setting locational installed capacity prices.
The 2005 AESC study also estimated an alternative capacity DRIPE value, labeled
“DRIPE light,” reflecting the fact that not all capacity is traded in the spot market.
Neither of those DRIPE values anticipated a phase-out of the capacity DRIPE effect over
time. Hence, the cumulative capacity DRIPE effects in the 2005 AESC study, with the
exception of Maine, were greater than the corresponding effects in AESC 2007 as shown
in Exhibit 6-14 below.

Exhibit 6-14. 15 Year Levelized (2008-2022) Capacity DRIPE - AESC 2005 vs.
AESC 2007
Zone AESC 2005 AESC 2007
Maine (ME) 14.37 22.80 590

Boston (NEMA) 236.91 22.80 -90°
Rest of Massachusetts (non-NEMA) 237.81 24.63 -90°!
Central & Western Massachusetts (WCMA) 237.81 24.63 -90°!
New Hampshire (NH) 237.81 22.80 -90°
Rhode Island (RI) 237.81 24.63 -90°
Vermont (VT) 237.81 22.80 -90°
Norwalk (NS) 714.09 24.63 -97%
Southwest Connecticut (SWCT) 56.33 22.80 -60%
Rest of Connecticut (non-SWCT) 244.43 24.63 -90%

The AESC 2005 data are the DRIPE 0.75% Capacity Price in 2007$/kW-yr
The AESC 2007 data are the Annual Market Capacity Value from DRIPE for Installations in 2008 in 2007$/kW-yr

The 2007 AESC does not assume that capacity DRIPE will continue indefinitely.
However, it is worth noting that the phase-out schedule assumption is simply one
estimate from a wide range of reasonable estimates.
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7. Environmental Effects

A. Physical Environmental Benefits from Energy Efficiency
and Demand Reductions

The scope of work asks for the heat rates, fuel sources, and emissions of NOR, SON, C02,
and mercury of the marginal units during each of the energy and capacity costing periods
in the 2007 base year. It also asks for the quantity of environmental benefits that would
correspond to energy efficiency and demand reductions, in lbs/MWh and lbs/kW,
respectively, during each costing period.

We began by identifying the marginal unit in each hour in each transmission area. The
model reports the marginal unit for each hour in each transmission area. Once the
marginal units were identified we drew their heat rates, fuel sources, and emission rates
for NON, SO,, C02, and mercury from the database of input assumptions used in our
Market Analytics simulation of the New England wholesale electricity market. The
marginal units and their characteristics are presented in Exhibits 7-1 and 7-2 below.

Exhibit 7-1. 2007 New England Marginal Heat Rate by Pricing Period (Btu/kWh)

Season & Time of Day
Summer Winter Grand Total

OffPeak OnPeak OffPeak OnPeak
Average Heat Rate 9,245 10,259 9,022 9,808 9,442

Exhibit 7-2. 2007 New England Marginal Fuel Type

Season & Time of Day
Summer Winter Grand Total

FuelType OffPeak OnPeak OffPeak OnPeak
Gas 63.46% 48.94% 67.36% 53.69% 60.07%
Oil 25.21% 42.56% 25.64% 37.35% 30.78%
DSM 1.34% 7.56% 2.53% 8.96% 4.29%
Coal 7.96% 0.48% 3.91% 0.00% 3.49%
LFG 0.87% 0.46% 0.45% 0.00% 0.47%
Biomass 1.15% 0.00% 0.12% 0.00% 0.30%
Grand Total 100.00% 100.00% 100.00% 100.00% 100.00%

We then calculated the physical environmental benefits from energy efficiency and
demand reductions by calculating the emissions of each of those marginal units in terms
of lbs/MWh and lbs/kW. We did this by multiplying the quantity of fuel each marginal
unit burned by the corresponding emission rate for each pollutant for that type of unit and
fuel.

The calculations for each pollutant in each hour are as follows:
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• Marginal Emissions = (Fuel BurnedA,fU (MMBtu) x Emission RateMJJ (lbs/MMBtu)
x 1 ton/2000 lbs)/GenerationMrj (IvfWh)

Where,

• Fuel BurnedMU = the fuel burned by the marginal unit in the hour in which that
unit is on the margin,

• Emission RateMu the emission rate for the marginal unit, and

• GenerationMU = Generation by the marginal unit in the hour in which that unit is
on the margin.

The avoided emissions values shown in Exhibits 7-3 through 7-12 below represent the
averages for each pollutant over each costing period for all ofNew England. The first 5
exhibits show the avoided emissions values in short tons/MWh and the second 5 exhibits
show the avoided emissions values in short lbs/kWh. We report the emission rates by
modeling zone because that is the way that the calculi~Hons were done. However, the
differences between zones are generally insignificant.

Exhibit 7-3. 2007 New England Summary of Avoided C02, NON, SO2 and Mercury
(hg) Emissions Rate by Pricing Period (short tons/MWh)

Season & Time of Day
Summer Winter Grand Total

Data OffPeak OnPeak OffPeak OnPeak
C02 (short tons/MWh) 0.66 0.68 0.60 0.61 0.63
NOx (short tons/MWh) 0.00052 0.00074 0.00045 0.00054 0.00054
S02 (short tonslMWh) 0.0010 0.0014 0.0008 0.0014 0.0010
Hg (short tons/MWh) 9.46E-10 1.12E-11 2.81E-10 0.OOE+00 3.27E-10

Exhibit 7-4. 2007 New England Avoided CO2 Emissions by Modeling Zone and
Pricing Period (short tons/MWh)

C02 (short tons/MWh) Season & Time of Day
Summer Winter Grand Total

Transmission Area OffPeak OnPeak OffPeak OnPeak
NEW ENGLAND - Bangor Hydro Area 0.67 0.68 0.60 0.60 0.63
NEW ENGLAND - Boston 0.66 0.67 0.60 0.61 0.63
NEW ENGLAND - Central Maine Power Area 0.67 0.68 0.60 0.60 0.63
NEW ENGLAND - Central Massachusetts 0.66 0.67 0.60 0.61 0.63
NEW ENGLAND - Connecticut Central-North 0.66 0.67 0.60 0.60 0.63
NEW ENGLAND - Connecticut Southwest 0.66 0.67 0.60 0.60 0.63
NEW ENGLAND - New Hampshire 0.66 0.68 0.60 0.60 0.63
NEW ENGLAND - Rhode Island 0.66 0.68 0.60 0.61 0.63
NEW ENGLAND - Southeast Massachusetts 0.66 0.67 0.60 0.61 0.63
NEW ENGLAND - Vermont 0.66 0.68 0.60 0.60 0.63
NEW ENGLAND - Western Massachusetts 0.66 0.68 0.60 0.61 0.63
Grand Total 0.66 0.68 0.60 0.61 0.63
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Exhibit 7-5. 2007 New England Avoided NO~ Emissions by Modeling Zone and
Pricing Period (short tons/MWh)

NOx (short tons/MWh) Season & Time of Day
Summer Winter Grand Total

Transmission Area OffPeak OnPeak OffPeak OnPeak
NEW ENGLAND - Bangor Hydro Area 0.00053 0.00074 0.00045 0.00054 0.00054
NEW ENGLAND - Boston 0.00052 0.00073 0.00045 0.00055 0.00054
NEW ENGLAND - Central Maine Power Area 0.00053 0.00074 0.00046 0.00054 0.00054
NEW ENGLAND - Central Massachusetts 0.00052 0.00073 0.00045 0.00055 0.00054
NEW ENGLAND - Connecticut Central-North 0.00052 0.00075 0.00045 0.00054 0.00054
NEW ENGLAND - Connecticut Southwest 0.00052 0.00074 0.00045 0.00055 0.00054
NEW ENGLAND - New Hampshire 0.00052 0.00074 0.00045 0.00054 0.00054
NEW ENGLAND - Rhode Island 0.00052 0.00073 0.00045 0.00055 0.00054
NEW ENGLAND - Southeast Massachusetts 0.00052 0.00073 0.00045 0.00055 0.00054
NEW ENGLAND - Vermont 0.00052 0.00073 0.00045 0.00054 0.00053
NEW ENGLAND - Western Massachusetts 0.00053 0.00074 0.00045 0.00055 0.00054
Grand Total 0.00052 0.00074 0.00045 0.00054 0.00054

Exhibit 7-6. 2007 New England Avoided SO2 Emissions by Modeling Zone and
Pricing Period (short tons/MWh)

S02 (short tons/MWh) Season & Time of Day
Summer Winter Grand Total

Transmission Area OffPeak OnPeak OffPeak OnPeak
NEW ENGLAND - Bangor Hydro Area 0.0010 0.0015 0.0008 0.0014 0.0011
NEW ENGLAND - Boston 0.0010 0.0014 0.0008 0.0014 0.0010
NEW ENGLAND - Central Maine Power Area 0.0010 0.0015 0.0008 0.0014 0.0011
NEW ENGLAND - Central Massachusetts 0.0010 0.0014 0.0007 0.0014 0.0010
NEW ENGLAND - Connecticut Central-North 0.0010 0.0013 0.0007 0.0013 0.0010
NEW ENGLAND - Connecticut Southwest 0.0010 0.0013 0.0007 0.0013 0.0010
NEW ENGLAND-New Hampshire 0.0010 0.0015 0.0008 0.0014 0.0011
NEW ENGLAND - Rhode Island 0.0010 0.0014 0.0008 0.0014 0.0010
NEW ENGLAND - Southeast Massachusetts 0.0010 0.0014 0.0007 0.0014 0.0010
NEW ENGLAND - Vermont 0.0010 0.0014 0.0007 0.0013 0.0010
NEW ENGLAND - Western Massachusetts 0.0010 0.0014 0.0007 0.0014 0.0010
Grand Total 0.0010 0.0014 0.0008 0.0014 0.0010
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Exhibit 7-7. 2007 New England Avoided Mercury (Hg) Emissions by Modeling Zone
and Pricing Period (short tons/MWh)

Grand Total 9.46E-10 l.12E-ll 2.81E-10 0.00E+00 3.27E-lO

Exhibit 7-8. 2007 New England Summary of Avoided C02, NON, SO2 and Mercury
(Hg) Emissions by Pricing Period (lbs/kWh)

Season & Time of Day
Summer Winter Grand Total

Data OffPeak OnPeak OffPeak OnPeak
C02 (lbs/kWh) 1.32 1.35 1.20 1.21 1.26
NOx (lbs/kWh) 0.00105 0.00147 0.00090 0.00109 0.00108
S02 (lbs/kWh) 0.0020 0.0028 0.0015 0.0028 0.0021
Hg (lbs/kWh) l.89E-09 2.25E-l1 5.62E-10 0.00E+00 6.55E-10

Exhibit 7-9. 2007 New England Avoided CO2 Emissions by Modeling Zone and
Pricing Period (lbs/kWh)

C02 (lbs/kWh) Season & Time of Day -

Summer Winter Grand Total
EntityName OffPeak OnPeak OffPeak OnPeak
NEW ENGLAND-Bangor Hydro Area 1.33 1.36 1.20 1.21 1.26
NEW ENGLAND - Boston 1.32 1.35 1.20 1.21 1.26
NEW ENGLAND - Central Maine PowerArea 1.33 1.35 1.21 1.21 1.26
NEW ENGLAND - Central Massachusetts 1.32 1.35 1.20 1.21 1.26
NEW ENGLAND - Connecticut Central-North 1.32 1.35 1.20 1.21 1.25
NEW ENGLAND - Connecticut Southwest 1.32 1.35 1.20 1.21 1.26
NEW ENGLAND-New Hampshire 1.32 1.36 1.20 1.21 1.26
NEW ENGLAND - Rhode Island 1.32 1.35 1.20 1.21 1.26
NEW ENGLAND - Southeast Massachusetts 1.32 1.35 1.20 1.21 1.26
NEW ENGLAND-Vermont 1.32 1.35 1.20 1.21 1.26
NEW ENGLAND - Western Massachusetts 1.33 1.36 1.20 1.22 1.26
Grand Total 1.32 1.35 1.20 1.21 1.26

Hg (short tons/MWh) Season & Time of Day
Summer Winter Grand Total

Transmission Area OffPeak OnPeak OffPeak OnPeak
NEW ENGLAND - Bangor Hydro Area 9.52E-10 1.14E-1 1 2.91E-10 0.OOE+00 3.34E-10
NEW ENGLAND - Boston 9.52E-10 1.12E-11 2.92E-10 0.OOE+00 3.32E-10
NEW ENGLAND - Central Maine Power Area 9.52E-1 0 1.11 E-1 1 2.882-10 0.OOE+00 3.31 E-1 0
NEW ENGLAND - Central Massachusetts 9.37E-10 1.13E-11 2.93E-10 0.002+00 3.31E-10
NEW ENGLAND - Connecticut Central-North 9.43E-10 1.13E-11 2.68E-10 0.OOE+00 3.22E-10
NEW ENGLAND - Connecticut Southwest 9.43E-10 1.13E-11 2.68E-10 0.OOE+00 3.22E-10
NEW ENGLAND - New Hampshire 9.43E-10 1.11 E-1 1 2.91E-10 0.OOE+00 3.31 E-1 0
NEW ENGLAND - Rhode Island 9.43E-10 1.11E-11 2.92E-10 0.OOE+00 3.31E-10
NEW ENGLAND - Southeast Massachusetts 9.43E-10 1.13E-11 2.69E-10 0.OOE+00 3.22E-10
NEW ENGLAND -Vermont 9.50E-10 1.14E-11 2.68E-10 0.OOE+00 3.24E-10
NEW ENGLAND -Western Massachusetts 9.47E-10 1.12E-11 2.69E-10 0.OOE+00 3.222-10
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Exhibit 7-10. 2007 New England Avoided NO~ Emissions by Modeling Zone and
Pricing Period (lbs/kWh)

NOx (lbs/kWh) Season & Time of Day
Summer Winter Grand Total

EntityName OffPeak OnPeak OffPeak OnPeak
NEW ENGLAND - Bangor Hydro Area 0.00105 0.00148 0.00090 0.001 08 0.001 08
NEW ENGLAND - Boston 0.001 04 0.00146 0.00090 0.001 09 0.00107
NEW ENGLAND - Central Maine Power Area 0.001 05 0.00147 0.00091 0.001 07 0.001 08
NEW ENGLAND - Central Massachusetts 0.001 04 0.00146 0.00090 0.001 09 0.001 08
NEW ENGLAND - Connecticut Central-North 0.00104 0.00150 0.00090 0.00109 0.00108
NEW ENGLAND - Connecticut Southwest 0.001 04 0.00147 0.00090 0.001 09 0.00108
NEW ENGLAND - New Hampshire 0.00104 0.00148 0.00091 0.00108 0.00108
NEW ENGLAND - Rhode Island 0.001 04 0.00147 0.00091 0.001 09 0.00108
NEW ENGLAND - Southeast Massachusetts 0.001 04 0.00146 0.00090 0.001 09 0.00107
NEW ENGLAND - Vermont 0.00105 0.00146 0.00090 0.00107 0.00107
NEW ENGLAND -Western Massachusetts 0.00105 0.00148 0.00089 0.00109 0.00108
Grand Total 0.00105 0.00147 0.00090 0.00109 0.00108

Exhibit 7-11. 2007 New England Avoided SO2 Emissions by Modeling Zone and
Pricing Period (lbs/kWh)

S02 (lbs/kWh) Season & Time of Day
Summer Winter Grand Total

EntityName OffPeak OnPeak OffPeak OnPeak
NEW ENGLAND - Bangor Hydro Area 0.0021 0.0029 0.0016 0.0028 0.0021
NEW ENGLAND - Boston 0.0019 0.0028 0.0015 0.0028 0.0021
NEW ENGLAND - Central Maine Power Area 0.0021 0.0029 0.0016 0.0028 0.0021
NEW ENGLAND - Central Massachusetts 0.0020 0.0028 0.0015 0.0028 0.0021
NEW ENGLAND - Connecticut Central-North 0.0019 0.0026 0.0015 0.0026 0.0020
NEW ENGLAND - Connecticut Southwest 0.0019 0.0027 0.0015 0.0026 0.0020
NEW ENGLAND - New Hampshire 0.0020 0.0030 0.0016 0.0028 0.0022
NEW ENGLAND - Rhode Island 0.0020 0.0028 0.0015 0.0028 0.0021
NEW ENGLAND - Southeast Massachusetts 0.0020 0.0028 0.0015 0.0028 0.0021
NEW ENGLAND - Vermont 0.0020 0.0029 0.0015 0.0027 0.0021
NEW ENGLAND - Western Massachusetts 0.0020 0.0029 0.0015 0.0027 0.0021
Grand Total 0.0020 0.00280.0015 0.0028 0.0021
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Exhibit 7-12. 2007 New England Avoided Mercury (Hg) Emissions by Modeling
Zone and Pricing Period (lbs/kWh)

Hg (lbs/kWh) Season & Time of Day
Summer Winter Grand Total

EntityName OffPeak OnPeak QffPeak OnPeak
NEW ENGLAND - Bangor Hydro Area 1.90E-09 227E-11 5.81E-1O O.OOE+O0 6.68E-10
NEW ENGLAND - Boston 1.90E-09 2.24E-11 5.84E-10 0.OOE+00 6.65E-10
NEW ENGLAND - Central Maine Power Area 1 90E-09 2.23E-1 1 5.76E-1 0 0.OOE+O0 6.62E-1 0
NEW ENGLAND- Central Massachusetts 1.87E-09 2.26E-11 5.87E-1O 0.OOE+0O 6.62E-10
NEW ENGLAND - Connecticut Central-North 1 .89E-09 2.26E-1 1 536E-1 0 0.OOE+OO 6.43E-1 0
NEW ENGLAND - Connecticut Southwest L89E-09 2.25E-11 5.36E-1O O.OOE+O0 6.43E-10
NEWENGLAND-NewHampshire 1.89E-09 2.23E-11 5.83E-10 O.OOE+00 6.61E-1O
NEW ENGLAND - Rhode Island 189E-09 223E-11 5.84E-10 0.OOE+00 6.61E-1O
NEW ENGLAND - Southeast Massachusetts 1 89E-09 225E-1 1 5.39E-1 0 0.OOE+O0 6.44E-1 0
NEW ENGLAND -Vermont 1.90E-09 227E-11 5.37E-10 0OOE+0O 6.48E-10
NEW ENGLAND -Western Massachusetts 1.89E-09 2.24E-11 5.39E-1O O.OOE+OO 6.44E-10
GrandTotal 1.89E-09 2.25E-11 5.62E-1O OMOE+0O 655E-10

B. Monetized Emission Values

The concept of “externalities” is drawn from the field of economics. Externalities are
impacts from the production of a good or service that are not reflected in price of that
good or service, and that are not considered in the decision to provide that gOod or
service.109 Air pollution is a classic externality. Pollutants are released from a facility,
imposing health impacts on a population, causing damage to an ecosystem, or both. The
costs of those health impacts and/or ecosystem damages are not reflected in the price of
the product and are not borne by the owner of the pollutant source, and are thus external
to the financial decisions pertaining to the source of the pollutant.

i. History of Environmental Externalities — Policies in New England

During the early 1 990s, utilities and utility regulators in many states engaged actively in
efforts to quantify environmental externalities, and to incorporate consideration of those
externalities into utility planning and decision-making. Several of the New England
states had proceedings dealing with externalities. In Massachusetts, a pair of related
dockets (DPU 89-239 and 91-131) was particularly noteworthy for their timing,
litigiousness, and thoroughness. In other states the materials from, and decisions made in,
the Massachusetts dockets served as a model, sometimes adapted to the local
circumstances and concerns.

In Vermont, for example, the Public Service Board adopted a policy of applying a 5%
percentage adder to the cost of generation and transmission resources to reflect
environmental externalities and a 10% reduction to the cost of demand side management
resources in evaluating resources (VT PSB Order in Docket 5270). Vermont also held a
series of workshops to discuss the development of environmental externality values for

‘°~ In economics, an externality can be positive or negative; in this discussion we are focusing on negative

externalities.
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Vermont, but that process did not result in a specific set of values. Instead the
environmental externality values selected in Massachusetts were adopted for use in
Vermont in a series of Company-specific settlement agreements.

The Massachusetts efforts to address environmental externalities will be discussed briefly
here, with a focus on carbon dioxide emissions. Docket DPU 89-239 was opened to
develop “Rules to Implement Integrated Resource Planning” (IRP) and included
consideration of many aspects of IRP including determination and application of
environmental externalities values. In its order in that docket, the Department adopted a
set of dollar values for air emissions based upon testimony by Bruce Biewald, a witness
for the Division of Energy Resources. The CO2 value adopted in that order was $22 per
ton of CO2 (in 1989$) and was based upon a “target” approach.’1°

The Department of Public Utilities (DPU) in Massachusetts subsequently opened Docket
DPU 91-131 specifically to examine environmental externalities. In this docket there
were 25 parties, with 21 witnesses testifying over 15 hearing days. The DPU heard
testimony recommending various approaches for quantifying the CO2 externality value,
including Dr. William Nordhaus testifying on behalf of Massachusetts Electric Company
recommending a “damage cost approach,” Bruce Biewald testifying on behalf of the
Massachusetts Division of Energy Resources, and Paul Chernick testifying on behalf of
Boston Gas Company, both recommending a “sustainability target approach.”

Biewald presented a report which outlined the different methods for monetizing
externalities, and recommended $23 per ton of CO2 (in 1990 dollars).11’

The Department’s Order in Docket DPU 91-131 was noteworthy for its foresight
regarding climate change, albeit optimistic about the timing of recognition of climate
change into policies and regulation in the United States. The Department, in its
November 10, 1992 order, concluded:

The record in this docket indicates that the scientific community believes that
continued CO2 emissions will raise global temperatures significantly, with
potentially significant damage to many aspects of society. CO2 currently is not
regulated in the United States, but efforts are underway in the United States and
internationally to develop regulations to reduce emissions of CO2 in the
atmosphere. The generation of electricity contributes significantly to the buildup
of CO2 in the atmosphere. The electricity generation industry is likely to be
substantially affected by efforts to regulate, tax, or otherwise limit emissions of
CO2. Clearly, it would be prudent for current and future suppliers of electricity to
anticipate that CO2 regulations will be promulgated in the United States and/or
internationally in the future, and that such regulations will affect resource options
which might be considered in IRM resource solicitations.

110 Exh. DOER-3, Exh. BB-2, p. 26.

Ill “Valuation of Environmental Externalities: Sulfur Dioxide and Greenhouse Gases,” by Bruce Biewald,

Stephen Bernow, Kevin Gurney, Michael Lazarus, and Kristin Wulfsberg. Tellus Institute, December
13, 1991.
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The Department has recognized the large degree of uncertainty associated with
estimating (1) the future damages from CO2 emissions and (2) the future costs to
control or otherwise regulate CO2 emissions. The parties in this proceeding agree
that estimating the net damages associated with expected global warming is
fraught with uncertainty. They disagree, however, about how much uncertainty
should be attached to estimates of future global warming. They disagree even
more on the likely damages from future global warming. Consequently, the
Department has been presented with a wide range of estimated external cost
values for C02, from a negative value to many times the current value)’2

In this case, the Department will determine whether it has been demonstrated that
any proposed damage estimates for CO2 are comprehensive and reliable, or, if
not, are more reasonable than the Department’s current value. 113

Based on information in the record, the Department reaffirmed the CO2 value it had
adopted in the previous case, $22 per ton (in 1989 dollars).’14

One of the important dynamics that can be observed in the evolution of environmental
policies is the time lag between (1) the recognition of an environmental or health hazard,
(2) the scientific study and documentation of the impacts, (3) the development and
implementation of regulations to address the harm, and (4) the adjustment of the
regulations to recognize evolving understanding of the impacts and the changing political
consensus. The history of acid rain regulation provides a good example of this time lag.
Acid rain was recognized as early as the mid-nineteenth century in England; however, it
wasn’t until the 1 960s that the science and impacts of acid rain were widely studied. In
1980 Congress established a ten year research program, the National Acidic Precipitation
Assessment Program to understand and quantify acid rain impacts. The Clean Air Act
Amendments of 1990 included provisions for SO2 emission caps to be implemented
beginning in 1995 (“phase 1”) for the largest sources, and 2000 (“phase 2”) for other
sources. More recently, the Clean Air Interstate Rule, passed by Congress in March 2005,
adjusts the SO2 emissions cap downward with an ultimate effect of reducing SO2
emissions about 73% from 2003 levels, in order to address severe interstate pollutant
transport issues that were not effectively addressed by prior regulation.

Action to address the depletion of the stratospheric ozone layer was more rapid,
demonstrating the international community’s ability to act relatively swiftly when
convinced that urgent action is required. In the early 1 970s two scientists identified
compounds that were depleting the ozone layer; by 1985 scientists had observed and
documented an “Antarctic Ozone Hole” during springtime. In 1987 international action
resulted in the negotiation of the Montreal Protocol to regulate the use and production of
ozone-depleting substances. In terms of climate change and carbon dioxide regulations in
the United States, we are currently at the early stages of a similar ongoing and evolving

112 DPU 86-36-G, pp.86-87

113 DPU 86-36-G, pp.73-74

114 DPU 86-36-G, pp.76
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process. The regulatory history of acid rain and of ozone depletion contributed important
foundations for efforts to regulate greenhouse gas emissions (federal government role in
addressing pollution, and framework for international negotiations on pollutants,
respectively).

ii. Carbon Dioxide will be the Dominant Externality from Electricity
Production and Use in New England Over the Study Period

Externalities associated with electricity production and uses include a wide variety of air
pollutants, water pollutants, and land use impacts. The principle air pollutants that have
externalities include carbon dioxide, sulfur dioxide, nitrogen oxides and ozone,
particulates, and mercury.

There have been several fairly comprehensive studies that assess the full range of
environmental impacts from electricity generation and use. These include:

• Environmental Costs ofElectricity, prepared by the Pace University Center
for Environmental and Legal Studies: Ottinger, R, et. al,, for NYSERDA,
Oceana Publications, mc, 1990;

• The New York State Environmental Externalities Cost Study, RCG/Hagler,
Bailly, Inc. and Tellus Institute, for the Empire State Electric Energy Research
Corporation (ESEERCO), multiple volumes, 1994 and 1995;

• Non-Price Benefits of BECo Demand-Side Management Programs, for the
Boston Edison Settlement Board, Tellus No. 93-174A, July 1994; and

• US-EC Fuel Cycle Study, by Oak Ridge National Laboratory and Resources
for the Future, for the US Department of Energy and the Commission of the
European Communities, multiple volumes, 1992 to 1994.

The list of externalities from energy production and use is quite long, and includes the
following:

• Air emissions (including SO2, NON, particulates, mercury, lead, other toxins,
and greenhouse gases) and the associated health and ecological damages;

• Fuel cycle impacts associated with “front end” activities such as mining and
transportation, and waste disposal;

• Water use and pollution;

• Land use;

• Aesthetic impacts of power plants and related facilities;

• Radiological exposures related to nuclear power plant fuel supply and
operation (routine and accident scenarios); and

• Other non-environmental externalities such as economic impacts (generally
focused on employment), energy security, and others.
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Many of these externalities have been reduced over time, as regulations limiting emission
levels have forced suppliers and buyers to consider at least a portion of those costs in
their production and use decisions, thereby “internalizing” a portion of those costs. For
example, the Clean Air Interstate Rule, passed by Congress in March 2005, adjusts the
SO2 emissions cap downward with an ultimate effect of reducing SO2 emissions about
73% from 2003 levels. The Clean Air Act and the Clean Air Interstate Rule require
further reductions in emission levels over the study period. As a result, while there
remain some “external costs” associated with the residual NO~ and SO2 pollution, these
externalities are now relatively small. In contrast, regulators are just starting to
“internalize” the impacts of carbon dioxide.

It is expected that the “carbon externality” will be the dominant externality associated
with marginal electricity generation in New England. This is the case for two main
reasons. First, as noted above, regulations to address the greenhouse gas emissions
responsible for global climate change are lagging, particularly in the United States. The
~
“internalized,” as a result of existing regulations. In contrast, global climate change is a
problem on an unprecedented scale with far-reaching and potentially catastrophic
implications. Second, New England avoided electric energy costs over the study period
are likely to be dominated by natural gas-fired generation, which has minimal SO2,
mercury, and particulate emissions and relatively low NO~ emissions. Hence, spending
extensive time reviewing the latest literature on externality values for these emissions
would not be a good use of time and budget. Based on knowledge of the electric system,
and review of model runs, it is believed that the dominant environmental externality in
New England over the study period will be the un-internalized cost of carbon dioxide
emissions. RGGI and any federal CO2 regulations will only internalize a portion of the
“greenhouse gas externality,” particularly in the near term.

The California PUC has directed electric companies to include a value for carbon dioxide
in their avoided cost determination and long-term resource procurement. The CA PUC
found:

“In terms of specific pollutants, of significant concern to regulators and the public
today is the environmental damage caused by carbon dioxide (C02) emissions—
an inescapable byproduct of fossil fuel burning and by far the major contributor to
greenhouse gases. Unlike other significant pollutants from power production, CO2
is currently an unpriced externality in the energy market.... CO2 is not
consistently regulated at either the Federal or State levels and is not embedded in
energy prices...)’5

For the above reasons, values were developed for the one major emission associated with
avoided electricity costs for which the near-term internalized cost most significantly
understates the value supported by current science.

115 R.04-04-003, Appendix B, p. 5.
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iii. General Approaches to Monetizing Environmental Externalities

There are various methods available for monetizing environmental externalities such as
air pollution from power plants. These include various “damage costing” approaches that
seek to value the damages associated with a particular externality, and various “control
cost” approaches that seek to quantify the marginal cost of controlling a particular
pollutant (thus internalizing a portion or all of the externality).

The “damage costing” methods generally rely on travel costs, hedonic pricing, and
contingent valuation in the absence of market prices. These are forms of “implied”
valuation, asking complex and hypothetical survey questions, or extrapolating from
observed behavior. For example, data on how much people will spend on travel,
subsistence, and equipment, can be used to measure the value of those fish, or more
accurately the value of not killing fish via air pollution. Human lives are sometimes
valued based upon wage differentials for jobs that expose workers to different risks of
mortality. In other words, comparing two jobs, one with higher hourly pay rate and
higher risk than the other can serve as a measure of the compensation that someone is
“willing to accept” in order to be exposed to the risk.

There are myriad problems with these approaches, two of which will be discussed here.
First, the damage costing approaches are, in the case of global climate change, simply
subject to too many problematic assumptions. We do not subscribe to the view that a
reasonable economic estimate of the “damages” around the world can be developed and
used as a figure for the externalities associated with carbon dioxide emissions. In other
words, estimating damage is a moving target — it depends upon what concentrations we
ultimately reach (or what concentrations we reach and reduce from). This is exacerbated
by the fact that we do not fully understand climate change, and cannot project with
certainty the levels at which certain impacts will occur. A further complicating factor is
that different emissions concentrations create different damages for different regions and
different groups of people Thus, such exercises, while interesting, are fraught with
difficulties including: (a) identifying the categories of changes to ecosystems and
societies around the planet; (b) estimating magnitudes of impacts; (c) valuing those
impacts in economic terms; (d) aggregating those values across countries with different
currency exchange rates and different cultures; (e) addressing the non-linear and
catastrophic aspects of the climate change damage; and (f) dealing with the paradoxes
and conundrums involved in applying financial discount rates to effects stretching over
centuries. Second, the fact that the “regulators’ revealed preferences” approach is
unavailable, as regulators have not established relevant reference points, complicates the
task of determining a carbon externality cost.

The “control cost” methods generally look at the marginal cost of control. That is, the
cost of control valuations look at the last (or most expensive) unit of emissions reduction
required to comply with regulations. The cost of control approach can be based upon a
“regulators’ revealed preference” concept. That is, if “air regulators” are requiring a
particular technology with a cost per ton of $X to be installed at power plants, then this
can be taken as an indication that the value of those reductions is perceived to be at or
above the cost of the controls. The cost of control approach can also be based upon a
“sustainability target” concept. With the sustainability target, we start with a level of
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damage or risk that is considered to be acceptable, and then estimate the marginal cost of
achieving that target.

The “sustainability target” approach relies on the assumption that the nations of the world
will not tolerate unlimited damages. It also relies partly on an expectation that policy
leaders will realize that it is cheaper to reduce emissions now and achieve a sustainability
target than it is not to address climate change. It is worth noting that a cost estimate based
on a sustainability target will be a bit lower than a damage cost estimate because the
“sustainability target” is going to be a calculus of what climate change the planet is
already committed to, and what additional change we are willing to live with (again
complicated by the fact that different regions will see different impacts, and have
different ideas about what is dangerous and what is sustainable). While we do not use a
damage cost estimate, it is informative to consider damages to get a sense of the scale of
the problem. In October 2006 a major report to Prime Minister Tony Blair stated that “the
benefits of strong and early action far outweigh the economic costs of not acting.” Based
~

Economics of Climate Change estimated that in the absence of efforts to curb climate
change, the overall costs and risks of climate change will be equivalent to losing at least
5% of global GDP each year, now and forever, and could be as much as 20% of GDP or
more. In contrast, the Stern Review states that the costs of action — the cost of
implementing actions to curb climate change — can be limited around 1% of global GDP
~each year.116

iv. Estimation of CO2 Environmental Costs

Based upon our review of the merits of those various approaches, we selected an
approach that estimates the cost of controlling, or stabilizing, global carbon emissions at
a “sustainable level” or sustainability target. To develop that estimate, the most recent
science regarding the level of emissions that would be sustainable was reviewed, as well
as the literature on costs of controlling emissions at that level.

The conceptual and practical challenges for estimating a carbon externality price include
the following:

• The damages are very widely distributed in time (over many decades or even
centuries) and space (across the globe);

• The “physical damages” include some impacts that are very difficult to quantify
and value, such as flooding large land areas; changes to local climates; species
range migration; increased risk of flood and drought; changes in the amount,
intensity, frequency, and type of precipitation; changes in the type, frequency, and
intensity of extreme weather events (such as hurricanes, heat waves, and heavy
precipitation);

16 Stem, Sir Nicholas; Stern Review ofthe Economics ofClimate Change; Cambridge University Press,

2007.
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• This list of “physical damages” includes some that are extremely difficult,
perhaps impossible, to reasonably express in monetary terms;

• The scientific understanding of the climate change process and climate change
impacts is evolving rapidly;

• There may well be reasons (not considered here) that the environmental cost value
could have a shape that starts lower and increases faster, or vice versa, having to
do with periods in which rates of change are most problematic;

• The scale of the impact on the world economies associated with the impacts of
climate change and/or associated with the transformations of economies to reduce
greenhouse gas emissions are so large that using terms and concepts such as
“marginal” can be problematic; and

• The impacts of climate change are non-linear and non-continuous, including
“feedback cycles” that can most reasonably be thought of in terms of thresholds
beyond which there are “run away damages” such as irreversible melting of the
Greenland ice sheet and the West Antarctic ice sheet, and collapse of the Atlantic
thermohaline circulation — a global ocean current system that circulates warm
surface waters.

Given the daunting challenge of valuing climate damages in economic terms, AESC 2007
takes a practical approach consistent with the concepts of “sustainability” and “avoidance
of undue risk.” Specifically, the carbon externality can be valued by looking at the
marginal costs associated with controlling total carbon emissions at, or below, the levels
that avoid the major climate change risks according to current expectations.

Nonetheless, because the environmental costs of energy production and use are so
significant, and because the climate change impacts associated with power plant carbon
dioxide emissions are urgently important, it is worthwhile to attempt to estimate the
externality price and to put it in dollar terms that can be incorporated into electric system
planning.

(a) What is the Correct Level of CO2 Emissions?

In order to determine what is currently deemed a reasonable sustainability target, current
science and policy was reviewed. In 1992, over 160 nations (including the United States)
agreed to “to achieve stabilization of atmospheric concentrations of greenhouse gases at
levels that would prevent dangerous anthropogenic (human-induced) interference with
the climate system. . ..“ (United Nations Framework Convention on Climate Change or
IJNFCCC).”7 Achieving this commitment requires determining the maximum
temperature increase above which impacts are anticipated to be dangerous, the
atmospheric emissions concentration that is likely to lead to that temperature increase,
and the emissions pathway that is likely to limit atmospheric concentrations and
temperature increase to the desired levels.

‘~ There are currently over 180 signatories.
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The definition of what level of temperature change constitutes a dangerous climate
change will ultimately be established by politicians, as it requires value judgments about
what impacts are tolerable regionally and globally.”8 We expect that such a definition
and decision will be based upon what climate science tells us about expected impacts and
mitigation opportunities.

While uncertainty and research continue, a growing number of studies identify a global
average temperature increase of 2°C above pre-industrial levels as the temperature above
which dangerous climate impacts are likely to occur.119 Temperature increases greater
than 2°C above pre-industrial levels are associated with multiple impacts including sea
level rise of many meters, drought, increasing hurricane intensity, stress on and possible
destruction of unique ecosystems (such as coral reefs, the Arctic, alpine regions), and
increasing risk of extreme events.120 The European Union has adopted a long-term policr
goal of limiting global average temperature increase to 2°C above pre-industrial levels.’2

Because of multiple uncertainties, it is difficult to define with certainty what future
emissions pathway is likely to avoid exceeding that temperature increase. We reviewed
several sources to determine reasonable assumptions about what level of concentrations
are deemed likely to achieve the sustainability target, and what emission reductions are
necessary to reach those emissions levels. The Intergovernmental Panel on Climate
Change’s most recent Assessment Report indicates that concentrations of 445-490 ppm
CO2 equivalent correspond to 2° — 2.4°C increases above pre-industrial levels.’22 A
comprehensive assessment of the economics of climate change, The Stern Review,
proposes a long-term goal to stabilize greenhouse gases at between the equivalent of 450
and 550 ppm CO2.’23 Recent research indicates that achieving the 2°C goal likely requires
stabilizing atmospheric concentrations of carbon dioxide and other heat-trapping gases
near 400 ppm carbon dioxide equivalent.’24

118 For multiple discussions of the issues surrounding dangerous climate change, see Schnellnhuber,

Cramer, Nakicenovic, Wigley and Yohe, editors; Avoiding Dangerous Climate Change; Cambridge
University Press, 2006. This book contains the research presented at The International Symposium on
Stabilisation of Greenhouse Gas Concentrations, Avoiding Dangerous Climate Change, which took
place in the U.K. in 2005.

119 Mastrandrea, M. and Schneider, S.; Probabilistic Assessment of “Dangerous” Climate Change and

Emissions Scenarios: Stakeholder Metrics and Overshoot Pathways; Chapter 27 in Avoiding
Dangerous Climate Change; Cambridge University Press, 2006.

20 Schnellnhuber, 2006.

121 The European Union first adopted this goal in 1996 in “Communication of the Community Strategy on

Climate Change.” Council conclusions. European Council. Brussels, Council of the EU. The EU has
since reiterated its long-term commitment in 2004 and 2005 (~, ~.g,. Council of the European Union,
Presidency conclusions, March 22-23.)

122 I~PCC AR4, WGIII Summary for Policy Makers, 2007. Table SPM5.

123 Stern, Sir Nicholas; Stern Review of the Economics ofClimate Change; Cambridge University Press,

2007.
124 Meinshausen, M.; What Does a 2°C Target Meanfor Greenhouse Gases? A BriefAnalysis Based on

Multi-Gas Emission Pathways and Several Climate Sensitivity Uncertainty Estimates; Chapter 28 in
Avoiding Dangerous Climate Change; Cambridge University Press, 2006.
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The Intergovernmental Panel on Climate Change (IPCC) indicates that reaching
concentrations of 450-49Oppm C02-eq requires reduction in global CO2 emissions in
2050 of 85-50% below 2000 emissions levels. 125 The Stem Review indicates that global
emissions would have to be 70% below current levels by 2050 for stabilization at
45Oppm C02-eq.’26 To accomplish such stabilization, the United States and other
industrialized countries would have to reduce greenhouse gas emissions on the order of
80 — 90% below 1990 levels, and developing countries would have to achieve reductions
from their baseline trajectory as soon as possible.127 In the United States, several states
have adopted state greenhouse gas reduction targets of 50% or more reduction from a
baseline of 1990 levels or then-current levels by 2050 (California, Connecticut, Illinois,
Maine, New Hampshire, New Jersey, Oregon, and Vermont) In 2001, the New England
states joined with the Eastern Canadian Premiers in also adopting a long-term policy goal
of reductions on the order of 75-80% of then-current emission levels.’2

The sobering news is that a long term stabilization goal of even 400 ppm might not be
sufficient: “while very rapid reductions can greatly reduce the level of risk, it
nevertheless remains the case that, even with the strictest measures we model, the risk of
exceeding the 2°C threshold is in the order of 10 to 25 per cent.”129 Similarly, the 2°C
threshold may not be sufficient to avoid severe impacts.’3°

(b) What is the Cost of Stabilizing CO2 Emissions at this Sustainable Level?

There have been several efforts to estimate the costs of achieving a variety of
atmospheric concentration targets. The most comprehensive effort is the work of the
Intergovernmental Panel on Climate Change. The IPCC was established by the World
Meteorological Organization and UNEP in 1988 to provide scientific, technical and
methodological support and analysis on climate change. IPCC has issued three
assessment reports on the science of climate change, climate change impacts, and on
mitigation and adaptation strategies (1990, 1995, 2001), and is currently issuing its fourth
assessment report. In its fourth Assessment Report, the IPCC indicates that reductions on
the order of 34 gigatonnes (Gt) would be necessary to achieve an 80% reduction below
current. 131 That report estimates that up to 31 Gt in reductions are available for $100/te of

125 IPCC AR4, WGIII Summary for Policy Makers, 2007. Table SPM5.

126 Stem Review, Long Executive Summary, 2007. Page xi.

127 den Elzen, M., Meinshausen, M; Multi-Gas Emission Pathwaysfor Meeting the EU 2°C Climate

Target; Chapter 31 in Avoiding Dangerous Climate Change; Cambridge University Press, 2006. Page
306.

128 New England Governors/Eastern Canadian Premiers, Climate Change Action Plan 2001, August 2001.

NEG/ECP reiterated this commitment in June 2007 through Resolution 3 1-1, which states, in part, that
the long term reduction goals should be met by 2050.

129 Bauer and Mastrandrea; High Stakes: Designing emissions pathways to reduce the risk ofdangerous

climate change; Institute for Public Policy Research, U.K.; November 2006.
130 See recent research by James Hansen, Goddard Space Flight Institute — NASA’s top climate scientist.

‘~‘ 2000 emissions levels were 43Gt C02-eq. IPCC AR4, WGIII, Summary for Policy Makers, 2007. Page

11.
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CO2 or less (Working Group III Summary for Policy Makers). Other studies on the costs
of achieving stabilization targets include the following:

• A Vattenfalls study of abatement potential estimates that about 30 Gt
reduction would be necessary for stabilization at 450 ppm, and about 27Gt are
available for around $50/tCO2 — so cost would go above $50/t;’32

• McKinsey & Company have developed an abatement cost curve that indicates
that stabilization at 450 ppm would have a marginal abatement cost of about
$50/t, stabilization at 400 ppm would have a marginal abatement cost of over
$60/tCO2; and

• The Stern Review itself talks primarily about macro-economic costs; however
an underlying meta-analysis of modeling literature concludes that “even
stringent stabilization targets can be met without materially affecting world
GDP growth, at low carbon tax rates or permit prices, at least by 2030 (in
~
CO2).”133

The IPCC Working Group III Summary for Policy Makers states on page 29 (references
omitted): “An effective carbon-price signal could realize significant mitigation potential
in all sectors.

• Modeling studies show carbon prices rising to 20 to 80 US$/tCO2-eq by 2030
and 30 to 155 US$/tCO2-eq by 2050 are consistent with stabilization at around
550 ppm CO2-eq by 2100. For the same stabilization level, studies since the
Third Assessment Report that take into account induced technological change
lower these price ranges to 5 to 65 US$/tCO2eq in 2030 and 15 to 130
US$/tCO2-eq in 2050.

• Most top-down, as well as some 2050 bottom-up assessments, suggest that
real or implicit carbon prices of 20 to 50 US$/tCO2-eq, sustained or increased
over decades, could lead to a power generation sector with low-greenhouse
gas emissions by 2050 and make many mitigation options in the end-use
sectors economically attractive.”

Based on a review of these different sources, we believe that it is reasonable to anticipate
a marginal cost of control of $60/tCO2-eq for achieving a stabilization target that is likely
to avoid temperature increases higher than 2°C above pre-industrial levels. Of course,
selection of this value requires multiple assumptions.

132 Vattenfalls Global Climate Impact Abatement Map, accessed May 30, 2007.

~ Barker, Terry et. a!.; A report preparedfor the HM Treasury Stern Review on “The economics of

climate change” The Costs ofGreenhouse Gas Mitigation with Induced Technological Change: A
Meta-Analysis ofEstimates in the Literature; 4 CMR, University of Cambridge. July 2006.
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v. Estimating CO2 Environmental Costs for New England

Our estimates of the “external” or additional cost associated with emissions of carbon
dioxide in New England are based upon the sustainability target and the forecast of
carbon emission regulation in New England over the study period. The externality value
for carbon dioxide in each year was calculated as the estimated annual sustainability
target value of $60/ton minus the annual allowance values internalized in the projected
electric energy market prices.

The annual allowance values internalized in the projected electric energy market prices
are described in Chapter 5. These values are based upon a Synapse forecast of the carbon
trading price associated with anticipated carbon regulations. That carbon price was
included in the dispatch model runs (in the generators’ bids) and hence is embedded
within the AESC 2007 avoided electricity costs. The additional value in each year is the
difference between the estimate of marginal cost to achieve a sustainability target
($60/ton C02) and the value of the carbon trading price embedded in the projection of
wholesale electric energy prices.

Exhibit 7-13 illustrates how the additional CO2 cost was determined. The line for the
allowance price is based on the forecast of carbon allowance costs, illustrating the notion
that the United States will gradually move to incorporate the climate externality into
policy. The “externality” is simply the difference between the estimate of the cost of
achieving a sustainability target and the anticipated allowance cost; that is, the area above
the blue line (and below $60/ton) in the graph.

Exhibit 7-13. Determination of the Additional Cost of CO2 Emissions

$/ton

Years

The carbon dioxide externality price forecast is presented above as a single simple price.
This is for ease of application and because doing something more complex such as
varying the shape over time or developing a distribution to represent uncertainty would
go beyond the scope of this project and would stretch the available information upon

g e

. Sustainability
Target The Difference ~s

the External Price

Market
(internalized) Price

~
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which the externality price is based. We fully acknowledge the many complexities
involved in estimating a carbon price, both conceptual and practical. Some of these are
listed in the Estimation of CO2 Environmental Costs section (iv) above

With regard to environmental costs, AESC 2007 focuses on the externality value of
carbon dioxide for the purpose of screening DSM programs for two main reasons. First,
the environmental costs of carbon dioxide emissions are substantially greater than the
costs of the other environmental impacts of electricity generation. Second, carbon dioxide
is expected to be the dominant environmental impact of the marginal sources of
generation in New England over the study period. Thus, the cost associated with carbon
dioxide emissions dominates other values to an extent that justifies focusing exclusively
on carbon dioxide.

The additional value for carbon dioxide in each year is an estimated annual sustainability
target value of $60/ton minus the annual projected allowance values internalized in our
model. Synapse reviewed science and policy to assess current emerging consensus on
what is an appropriate sustainability target. The sustainability target value is an estimate
of the cost of stabilizing carbon dioxide emissions at levels that seem likely, based on
current science, to avoid more than a 2°C increase in the global average temperature. The
annual allowance values are drawn from our forecast of carbon allowance prices
associated with anticipated carbon regulations over the study period. The following

~exhibit presents the recommended values.

Exhibit 7-14. Recommended Externality Values

Allowance AdditionalSustainability Price Environmental Cost
Year Target

($Iton) (internalized (Sustainability Target -value $/ton) Allowance Price $/ton)
2007 60 0.00 60.00
2008 60 0.00 60.00
2009 60 2.21 57.79
2010 60 2.37 57.63
2011 60 2.53 57.47
2012 60 9.46 50.54
2013 60 11.56 48.44
2014 60 13.66 46.34
2015 60 15.76 44.24
2016 60 17.86 42.14
2017 60 19.96 40.04
2018 60 22.06 37.94
2019 60 24.16 35.84
2020 60 26.27 33.73
2021 60 27.32 32.68
2022 60 28.37 31.63

The values in the right hand column of the table are, in one sense, externalities. They may
be borne by citizens in the form of damages from climate change. There is also a
significant chance that the “additional” C02 costs will be borne to some degree by
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electricity consumers in the form of compliance costs in electricity rates if emission
regulations require greater reductions more rapidly than we have assumed.

vi. Applying CO2 Costs in Evaluations of DSM Programs

The externality values from Exhibit 7-14 are provided in the avoided electricity cost
workbooks presented in Appendix E. They are expressed as $/kWh based upon our
analysis of the CO2 emissions of the marginal generating units in each year of the study
period.

At a minimum program administrators should calculate the costs and benefits of DSM
programs without, and then with, these values in order to assess their incremental impact
on the cost-effectiveness of programs. However, we recommend the program
administrators include these values in their analyses of DSM, unless specifically
prohibited from doing so by state or local law or regulation. The next section explains
why a DSM program could result in CO2 emission reductions even under a cap and trade
regulatory framework.

vii. Impact of DSM on Carbon Emissions Under a Cap and Trade
Regulatory Framework

The Regional Greenhouse Gas Initiative is a cap and trade greenhouse gas program for
power plants in the northeastern United States. Discussions to develop the program began
in 2003, states signed a memorandum of understanding identif~’ing the main elements of
the program in December 2005, and in August 2006 they adopted a model rule for
implementing the program. Currently nine states have decided to participate:
Connecticut, Delaware, Maine, Massachusetts, New Hampshire, New Jersey, New York,
Rhode Island, and Vermont. Maryland passed a law in April 2006 requiring participation
in RGGI. Pennsylvania, the District of Columbia, the Eastern Canadian Provinces, and
New Brunswick are official “observers” in the RGGI process. Individual states are now
engaged in regulatory proceedings to adopt regulations consistent with the agreement.

As currently designed, the program will:

• Stabilize CO2 emissions from power plants at current levels for the period
2009-2015, followed by a 10% reduction below current levels by 2019;

• Allocate a minimum of 25% of allowances for consumer benefit and strategic
energy purposes. Allowances allocated for consumer benefit will be auctioned
and the proceeds of the auction used for consumer benefit and strategic energy
purposes; and

• Include certain offset provisions that increase flexibility to moderate price
impacts and development of complimentary energy policies to improve
energy efficiency, decrease the use of higher polluting electricity generation
and maintain economic growth.
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With carbon dioxide emissions regulated under a cap and trade system, as is assumed in
this market price analysis, it is conceivable that a load reduction from a DSM program
will not lead to a reduction in the amount of total system carbon dioxide emissions. The
annual total system emissions for the affected facilities in the relevant region are, after
all, capped. In the analysis that was documented in this report, the relevant cap and trade
regulation is the Regional Greenhouse Gas Initiative (RGGI) for the period 2009 to 2012
and the assumed national cap and trade system thereafter. However, there are a number of
reasons why a DSM program could result in CO2 emission reductions, specifically:

• Reduction in load that reduces the cost (marginal or total cost) of achieving an
emissions cap can result in a tightening of the cap. This is a complex interaction
between the energy system and political and economic systems, and is difficult
or impossible to model, but the dynamic may reasonably be assumed to exist;

• Specific provisions in RGGI provide for a tightening or loosening of the cap (via
adjustments to the offset provisions that are triggered at different price levels). It
is unknown at this poiiiF~hether and to what extent such “automatic”
adjustments might be built into the US carbon regulatory system;

• It is also possible that DSM efforts will be accompanied by specific retirements
or allocations of allowances that would cause them to have an impact on the
overall system level of emissions (effectively tightening the cap); and

• to the extent that the cap and trade system “leaks” because of its geographic
boundaries, one would expect the benefits of a carbon emissions reduction
resulting from a DSM program to similarly “leak.” That is, a load reduction in
New York could cause reductions in generation (and emissions) at power plants
in New York, Pennsylvania, and elsewhere. Because New York is in the RGGI
cap and trade system, the emissions reductions realized at New York generating
units may pop up as a result of increased sales of allowances from NY to other
RGGI states. But because Pennsylvania is not in the RGGI system, the emissions
reductions at Pennsylvania generating units would be true reductions attributable
to the DSM program.
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Appendix A — Common Modeling Assumptions

Inflation Rate

Inflation increased since the AESC 2005 study, which used a rate of 2.25%. Inflation was
3.03% in 2005 and 2.90% in 2006 as shown in the exhibit below. In addition, the twenty
year average (1987-2006) derived from the chained GDP deflator was 2.47%. As a result,
the long-term inflation rate used in this study was 2.50%.
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Exhibit A-i. GIJP Price Index and Inflation Rate

I ≤~QO/.. .~ ~7

1997 95.42 1.66% 1.246

Note: Uses the BEA chain~type price indexJbr GDF

GDP Chain-
Type Price Annual Conversion

Year Index Inflation to 2007

1985 69.72 3.04% 1.705
1986 71.27 2.22% 1.669

1987 73.20 2.72% 1.624
1988 75.71 3.42% 1.571
1989 78.57 3.78% 1.513
1990 81.61 3.88% 1.457
1991 84.46 3.48% 1.408
1992 86.40 2.30% 1.376
1993 88.39 2.30% 1.345

1994 90.27 2.12% 1.317
1995 92.12 2.05% 1.291

1998 96.48 1.11% 1.233

1999 97.87 1.44% 1.215
2000 100.00 2.18% 1.189

2001 102.40 2.40% 1.161
2002 104.19 1.75% 1.141

2003 106.41 2.13% 1.118
2004 109.43 2.84% 1.087
2005 112.74 3.03% 1.055
2006 116.01 2.90% 1.025

2007 118.91 2.50% 1.000
2008 121.89 2.50% 0.976
2009 124.93 2.50% 0.952
2010 128.06 2.50% 0.929
2011 131.26 2.50% 0.906

2012 134.54 2.50% 0.884
2013 137.90 2.50% 0.862
2014 141.35 2.50% 0.841
2015 144.89 2.50% 0.821

2016 148.51 2.50% 0.801
2017 152.22 2.50% 0.781
2018 156.03 2.50% 0.762
2ó19 159.93 2.50% 0.744
2020 163.92 2.50% 0.725
2021 168.02 2.50% 0.708
2022 172.22 2.50% 0.690
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Real Discount Rate

As in the AESC 2005 report, the real discount rate was based on recent rates of return for
30-year Treasury Bonds. The present nominal interest rate for those bonds is 4.77% as
shown in the exhibit below. The nominal interest rate was calculated as the average yield
for six 30-year US Treasury Bills. The nominal interest rate for those bonds was 4.32% in
2005, using the same methodology. Applying the updated discount rate results in a real
interest rate of 2.22% for discounting (as compared to 2.03% in 2005).

Exhibit A-2. Risk-Free Interest Rate and Real Discount Rate Determination

Nominal Interest Rate
Real Interest Rate

Notes:

4.77
2.22

4.77
4.78
4.8
4.77
4.77
4.77

1) Nominal rate is the average yield for six 30-year US Treasury Bills
2) Source: http://online.wsj.com/mdc/public/page/2_3020-treasury.html?modtOPnav_2...3000
3) Assumes a 2.50% inflation rate

4.76
4.78
4.79
4.77
4.77
4.77
4.773

30 Year US Treasury Bond 6.00
Maturity Date 2/15/2026

Transaction Date Price Yield
3/21/2007 115-07+ 4.78
3/20/2007 114-07+ 4.79
3/19/2007 114-11 4.81
3/16/2007 115-01 4.79
3/15/2007 115-02 4.78
3/14/2007 115-14 4.78

AVERAGE 4.788

30 Year US Treasury Bond 5.50
Maturity Date 8/15/2028

Transaction Date Price Yield
3/21/2007 109-07+ 4.77
3/20/2007 109-06+ 4.79
3/19/2007 109-10 4.8
3/16/2007 109-01 4.78
3/15/2007 109-00 4.77
3/14/2007 109-16 4.77

AVERAGE . 4.780

30 Year US Treasury Bond 5.25
Maturity Date 11/15/2028

30 Year US Treasury Bond 5.25
Maturity Date 2/15/2029

Transaction Date Price Yield
3/21/2007 106-05+
3/20/2007 106-07+
3/19/2007 106-10
3/16/2007 106-01
3/15/2007 106-01
3/14/2007 106-14

4.777AVERAGE

Transaction Date Price Yield
3/21/2007 106-06+
3/20/2007 106-06+
3/19/2007 106-10
3/16/2007 106-01
3/15/2007 1 06-0 1
3/14/2007 106-15

AVERAGE

30 Year US Treasury Bond 6.25
Maturity Date 5/15/2030

Transaction Date Price Yield
3/21/2007 120-07+ 4.75
3/20/2007 120-07+ 4.76
3/19/2007 120-12 4.78
3/16/2007 120-01 4.75
3/15/2007 120-00 4.75
3/14/2007 120-18 4.75

AVERAGE 4.757

30 Year US Treasury Bond 5.375
Maturity Date 2/1 5/203 1

Transaction Date Price Yield
3/21/2007 108-07+ 4.75
3/20/2007 108-06+ 4.76
3/19/2007 108-11 4.78
3/16/2007 108-01 4.75
3/15/2007 108-00 4.75
3/14/2007 108-17 4.75

AVERAGE 4.757
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Escalation Rate

Section 5.a.i of the RFP asks the Contractor to develop a single real escalation rate for
the post forecast period (2023 through 2037). Since the primary set of avoided costs
numbers proved in the AESC report are for wholesale electricity, our analysis focused on
that component.

The wholesale market price of electricity in New England in 2022 and beyond will be
almost entirely determined by the marginal cost of natural gas combustion cycle
generators (NG CC). The primary drivers of that cost are the prices of natural gas and of
CO2 emissions. The issue then is the escalation of those components and their relative
weights in the electricity market price.

We looked first at the escalation for CO2 prices. For this we used the Synapse mid case
forecast which was used for the previous years of the AESC analysis. The real escalation
rate for CO2 prices post 2022 is 3.24% in that forecast. Regarding natural gas prices there
is great uncertainty associated with reserves, production costs, and world markets and
there are substantial upside risks; however, we took the fairly conservative approach of
looking at the Annual Energy Outlook for 2007. In that study the real escalation rate for
natural gas for electricity generation in New England is 1.01% for the period 2022
through 2030 which is the final forecast year. In the absence of any countervailing
information we then assume that the same rate extends through 2037, although with
continued depletion of natural gas reserves it could be higher.

We then looked first at the relative weight of these factors for NG CC prices in 2022.
That analysis showed that fuel represented 73% and CO2 22% of the marginal generation
costs. Applying those factors gives a real escalation rate of 1.45% for electricity prices
post 2022.

Exhibit A-3. Marginal Cost Components for a NG CC in 2022 and Calculation of a
Real Price Escalation Rate

Component Proportion Escalation Rate

Fuel 73% 1.01%

CO2 - 22% 3.24%

Other 5% 0%

Total 100% 1.45%

In comparing this with the AESC 2005 results we calculated the implied escalation rate in
that study for the avoided electricity costs for the period 2023 through 203 7~~34 The

134 Avoided energy costs from “Exhibit I —2005$” from “aescpoweravoidedcostexhibitsfinal2005.xls”.

Also in Exhibit 5-2 associated with Transmission and Distribution investment there is a Forecast
Escalation Rate (nominal) of 3.07%. Since an inflation rate of 2.5% was used for that study, this implies
a real escalation rate of 0.57% which is consistent with but a little less than the rate derived from the
avoided electricity costs.
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annual average real escalation rate from this calculation was 0.68%. This is significantly
less than the current proposed escalation rate but dQes not incorporate CO2 costs and
reflects a more optimistic view of future energy prices.

Although there are many uncertainties associated with energy prices this far in the future,
our recommendation is a real escalation rate of 1.4% for wholesale electricity prices for
2023 through 2037.
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Appendix B — Forecasts of Monthly Natural Gas Prices
(Exhibits Bi — B7 are in 2007$; Exhibits B8 — B14 are in Nominal$.)

Exhibit B-i. Monthly Henry Hub Natural Gas Price Forecast 2007-2022 (2007$/MM] tu)

Monthly
Adj Factor 1.1159874 1.1178952 1.0909087 0.9272738 0.9144141 0.924639 0.9358622 0.9450~ 45 0.9538974 0.9687786 1.0250697 1.080189319
HH Ann

Year AvgPzice 1 2 3 4 5 6 7 8 9 10 11 12
2007 7.71 5.84 6.93 7.55 6.96 7.11 7.77 7.92 .02 8.06 8.15 8.81 9.46
2008 8.65 9.78 9.74 9.49 8.15 8.00 8.06 8.12 .17 8.20 8.27 8.71 9.15
2009 8.16 9.38 9.35 9.09 7.63 7.49 7.54 7.61 .66 7.69 7.76 8.13 8.57
2010 7.65 8.76 8.74 8.48 7.15 7.02 7.07 7.13 .17 7.20 7.28 7.67 8.06
2011 7.20 8.24 8.21 7.98 6.73 6.60 6.66 6.72 ~.75 6.78 6.86 7.24 7.62
2012 6.86 7,80 7.78 7.56 6.43 6.31 6.37 6.42 4.45 6.48 6.56 6.91 7.26
2013 6.24 6.97 6.98 6.81 5.79 5.71 5.77 5.84 .90 5.95 6.05 6.40 6.74
2014 6.30 7.03 7.04 6.87 5.84 5.36 5.82 5.90 .95 6.01 6.10 6.46 6,80
2015 6.25 6.98 6.99 6.82 5.80 5.72 5.78 5.85 .91 5.97 6.06 6.41 6.76
2016 6.39 7.13 7.14 6.97 5.92 5.84 5,91 5.98 .04 6.09 6.19 6.55 6.90
2017 6.64 7.41 7.42 7.24 6.15 6.07 6.14 6.21 .27 6.33 6.43 6.80 7.17
2018 6.56 7.32 7.33 7.16 6.08 6.00 6.07 6.14 20 6.26 6.36 6.72 7.09
2019 6.52 7.27 7,28 7.11 6.04 5.96 6.03 6.10 .16 6.22 6.31 6.68 7.04
2020 6.63 7.40 7.42 7.24 6.15 6.07 6.13 6.21 .27 6.33 6.43 6.80 7.17
2021 6.73 7.52 7.53 7.35 6.25 6.16 6.23 6,30 .37 6.42 6.52 6.90 7.28
2022 6.98 7.79 7.81 7.62 6.48 6.39 6.46 6.54 .60 6.66 6.77 7.16 7.54

Notes:
1107-5107 are actual prices
6107-12112 are forecasted prices from NYMEX as of May 2, 2007
2007-2012 HFI Annual Average Prices are straight averages across the months of each year
2013-2022 HH Annual Average Prices are forecasted
Prices for 1113-12122 are calcu1~tedb~ multiplying the HH Annual Average Price b~ the Monthly Adjustment Factor
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Exhibit B-2. Monthly Regional Natural Gas Price Forecast 2007-2022 (2007$/MMBtU) — ALG

Monthly
PremFactor 1.3659642 1.3343223 1.1408184 1.0927116 1.0931588 1.0932223 1.0987813 1,0849414 1.073207 1.0915255 1.1243434 1.204758479

Ann Avg
Year Price 1 2 3 4 5 6 7 8 9 10 11 12
2007 8.82 7.69 9.73 8.30 7.61 7.77 8.49 8.70 8.70 8.65 8.90 9.90 11.40
2008 10.01 13.35 13.00 10.82 8.90 8.75 8.81 8.92 8.87 8.80 9.03 9.80 11.02
2009 9.44 12.81 12.47 10.37 8.34 8.19 8.25 8.36 8.31 8.25 8.47 9.19 10.33
2010 8.85 11.97 11.66 9.68 7.82 7.67 7,73 7.84 7.78 7.73 7.95 8.63 9.71
2011 8.33 11.25 10.96 9.10 7.36 7.22 7,28 7.38 7.33 7.28 7.49 8.14 9.18
2012 7.94 10.65 10.38 8.62 7.03 6.90 6.96 7.05 7.00 6.96 7.16 7.77 8.75
2013 7.22 9.52 9.31 7.77 6.32 6.24 6.31 6.42 6.40 6.39 6.60 7.19 8.12
2014 7.28 9.60 9.40 7.84 6.38 6.30 6,37 6.43 6.46 6.45 6.66 7.26 8.20
2015 7.23 9.53 9.33 7.78 6.34 6.25 6.32 6.43 6.41 6.40 6.61 7.21 8.14
2016 7,39 9.74 9.53 7.95 6.47 6.39 6.46 6,57 6.55 6.54 6.76 7.36 8.32
2017 7.67 10.12 9.90 8.26 6.72 6.63 6.71 6.82 6.80 6.79 7.02 7.65 8.64
2018 7.58 10.00 9.79 3.16 6.65 6,56 6.63 6.75 6.73 6.72 6.94 7.56 8.54
2019 7.53 9.93 9.72 8.11 6.60 6,51 6.59 6.70 6.68 6.67 6.29 7.51 8.48
2020 7.67 10.11 9.90 8.26 6.72 6.63 6.71 6.82 6.80 6.79 7.02 7.65 8.63
2021 7.79 10.27 10.05 8.38 6.82 6.73 6.81 6.93 6.91 6.89 7.12 7.76 8.76
2022 8.07 10.65 10.42 8.69 7.08 6.98 7.06 7.18 7.16 7.15 7.38 8.05 9.09

Notes:
Prices for all months are caiculatedby muitiplying the Heiuy Hub Monthly Price by the Monthly Factor for Algonquin City Gate
2007-2022 Annual Avera~ Prices are straight avera~s acioss the months of each year
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Exhibit B-3. Monthly Regional NaturaL Gas Price Forecast 2007-2022 (2007$/MMBtu — TGP Z6

Monthly
PremFactor 1.2735839 1.2766407 1.1333628 1.0860551 1.0837252 1.0814196 1.0849595 1. 767206 1.0662243 1.0786931 1.1111352 1.177818291

Ann Avg
Year Price 1 2 3 4 5 6 7 8 9 10 11 12
2007 8.69 7.28 9.55 8.23 7.56 7.70 8.40 8.59 8.63 8.59 8.79 9.79 11.15
2008 9.80 12.45 12.44 10.75 8.85 8.67 8.71 8.81 8.80 8.74 8.92 9.68 10.77
2009 9.25 11.95 11.93 10.30 8.29 8.12 8.16 8.25 8.24 8.20 8.37 9.08 10.10
2010 8.66 11.16 11.15 9.61 7.77 7.61 7.65 7.74 7.72 7.68 7.86 8.53 9.49
2011 8.16 10.49 10.48 9.04 7.31 7.16 7.20 7.29 7.27 7.23 7.40 8.04 8.97
2012 7.77 9.93 9.93 8.57 6.99 6.84 6.88 6.96 6.95 6.91 7.08 7.68 8.55
2013 7.07 8.87 8.91 7.72 6.29 6.19 6.24 6.34 6.35 6.35 6.52 7.11 7.94
2014 7.13 8.95 8.99 7.79 6.34 6.24 6.30 6.40 6.41 6.41 6.58 7.17 8.01
2015 7.08 8.89 8.93 7.73 6.30 6.20 6.25 6.35 6.36 6.36 6.54 7.12 7.96
2016 7.24 9.08 9.12 7.90 6.43 6.33 6.39 6.49 6.50 6.50 6.68 7.28 8.13
2017 7.51 9.43 9.47 8.20 6.68 6.58 6.64 6.74 6.75 6.75 6.93 7.56 8.44
2018 7.43 9.32 9.36 8.11 6.61 6.50 6.56 6.66 6.68 6.67 6.86 7.47 8.35
2019 7.38 9.26 9.30 8.06 6.56 6.46 6.52 6.62 6.63 6.63 6.81 7.42 8.29
2020 7.51 9.43 9.47 8.20 6.68 6.57 6.63 6.74 6.75 6.75 6.93 7.56 8.44
2021 7.63 9.57 9.61 8.33 6.78 6.67 6.73 6.84 6.85 6.85 7.04 7.67 8.57
2022 7.91 9.93 9.97 8.63 7.03 6.92 6.98 7.09 7.11 7.10 7.30 7.95 8.88

Notes:
Prices for all months are calculatelby muitiplying the Henry Hub Monthly Price by the Monthly Factor for Tennessee Zo 6
2007.2022 Annual Average Prices are straight averages across the months of each year
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Exhibit B-4. Monthly New England Natural Gas for Electric Generation Price Forecast 2007-2022 (2007$/MMBtu)

Monthly
Prom
Factor 1.365965 1.334322 1.140818 1.092712 1.093159 1.093222 1.098781 1.084941 1.073207 1.091526 1.1 24343 1.204758

Ann Avg
Year Price 1 2 3 4 5 6 7 8 9 10 11 12
2Q07 8.82 7.49 9.64 8.27 7.65 7.80 8.52 8.72 8.74 8.69 8.91 9.92 11.34
2008 9.97 1 2.97 1 2.79 1 0.86 8.95 8.78 8.83 8.94 8.90 8.84 9.05 9.81 1 0.97
2009 9.42 1 2.45 1 2.27 1 0.40 8.38 8.22 8.27 8.37 8.34 8.29 8.49 9.20 1 0.28
2010 8.83 11.84 11.47 9.72 7.86 7.71 7.76 7.86 7.82 7.78 7.97 8.65 9.67
2Q11 8.31 1 0.94 1 0.79 9.14 7.40 7.26 7.31 7.40 7.37 7.32 7.51 8.16 9.15
2012 7.92 1 0.36 1 0.22 8.66 7.09 6.94 6.99 7.08 7.04 7.01 7.19 7.80 8.72
2013 7.21 9.26 9.18 7.81 6.38 6.28 6.35 6.45 6.45 6.44 6.63 7.22 8.10
2014 7.28 9.35 9.28 7.88 8.43 6.34 6.40 6.51 6.50 6.50 6.69 7.29 8.18
2015 7.23 9.28 9.20 7.83 6.39 6.29 6.36 6.46 6.46 6.45 6.64 7.24 8.12
2016 7.38 9.48 9.39 8.00 6.52 6.43 6.49 6.60 6.60 6.59 6.79 7.39 8.29
2017 7.66 9.04 9.75 8.30 6.77 6.67 6.74 6.85 6.85 6.84 7.05 7.67 8.61
2018 7.58 9.73 9.64 8.21 6.70 6,80 6.67 6.77 6.77 6.76 6.97 7.59 8.51
2019 7.53 9.67 9.58 8.15 6.65 6.56 6.62 6.73 6.73 6.72 6.92 7.54 8.46
2020 7.86 9.84 9.75 8.30 6.77 6.87 6.74 6.85 6.85 6.84 7.04 7.67 8.61
2021 7.78 9.99 9.90 8.42 6.87 6.77 6.84 6.95 6.95 6.94 7.15 7.79 8.74
2022 8.06 1 0.36 1 0.26 8.73 7.12 7.02 7.09 7.21 7.20 7.20 7.41 8.07 9.06

Notes:
Prices are based on the average of the Algonquin Ciiy Gate & Tennessee Zone 6 prices along with a transportation markup.
NG markup for electric generation 0.07 $IMM9tu
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Exhibit B-5. Avoided Cost of Gas Delivered to Retail Customers in Southern New
England by End Use (Gas Delivered via Texas Eastern and Algonquin Gas
Pipelines) in 2007$/Dekatherm

______ RESIDENTIAL ______ COMMERCIAL & INDUSTRIAL ALL

Existing New Hot Non RETAIL
Heating Heating Water All Heating Heating All

Year 3-mon. 5-mon. annual 6-mon. annual 5-mon. 6-mon. 5-mon.
2007 13.42 13.19 11.96 12.82 9.92 11.16 10.79 12.04
2008 14.51 14.27 12.96 13.88 10.93 12.23 11.84 13.12
2009 13.94 13.70 12.44 13.32 10.40 11.67 11.29 12.56
2010 13.34 13.11 11.88 12.74 9.85 11.08 10.71 11.97
2011 12.82 12.60 11.40 12.24 9.37 10.56 10.21 11.45
2012 12.43 12.21 11.04 11.86 9.01 10.17 9.83 11.06
2013 11.71 11.50 10.38 11.16 8.34 9.46 9.13 10.35
2014 11.78 11.56 10.44 11.23 8.41 9.53 9.20 10.42
2015 11.73 11.51 10.39 11.18 8.36 9.48 9.14 10.37
2016 11.89 11.67 10.53 11.33 8.50 9.63 9.30 10.52
2017 12.17 11.95 10.80 11.61 8.77 9.92 9.57 10.81
2018 12.08 11.86 10.72 11.52 8.69 9.83 9.49 10.72

1181 10~67 t147 ~8~64~ ~978~ -io:er
2020 12.17 11.95 10.80 11.61 8.76 9.91 9.57 10.80
2021 12.29 12.06 10.91 11.72 8.87 10.03 9.69 10.92
2022 12.57 12.35 11.17 12.00 9.14 10.32 9.97 11.20
2023 12.70 12.47 11.28 12.12 9.23 10.42 10.06 11.32
2024 12.83 12.60 11.40 12.24 9.32 10.52 10.17 11.43
2025 12.95 12.72 11.51 12.36 9.42 10.63 10.27 11.54
2026 13.08 12.85 11.63 12.49 9.51 10.73 10.37 11.66
2027 13.21 12.98 11.74 12.61 9.61 10.84 10.47 11.78
2028 13.35 13.11 11.86 12.74 9.70 1Q95 10.58 11.89
2029 13.48 13.24 11.98 12.86 9.80 11.06 10.68 12.01
2030 13.61 13.37 12.10 12.99 9.90 11.17 10.79 12.13
2031 13.75 13.51 12.22 13.12 10.00 11.28 10.90 12.25
2032 13.89 13.64 12.34 13.25 10.10 11.39 11.01 12.38
2033 14.03 13.78 12.46 13.39 10.20 11.51 11.12 12.50
2034 14.17 13.91 12.59 13.52 10.30 11.62 11.23 12.63
2035 14.31 14.05 12.72 13.65 10.40 11.74 11.34 12.75
2036 14.45 14.19 12.84 13.79 10.51 11.86 11.45 12.88
2037 14.60 14.34 12.97 13.93 10.61 11.98 11.57 13.01
2038 14.74 14.48 13.10 14.07 10.72 12.10 11.68 13.14
2039 14.89 14.62 13.23 14.21 10.82 12.22 11.80 13.27
2040 15.04 14.77 13.36 14.35 10.93 12.34 11.92 13.40

Levelized
(2008-2040) 13.098 12.864 11.639 12.499 9.519 10.744 10.379 11.671
(2009-2040) 13.036 12.803 11.580 12.439 9.456 10.679 10.315 11.608
5 years (2008-12) 13.430 13.199 11.967 12.831 9.934 11.166 10.798 12.055
loyears(2008-17) 12.684 12.459 11.275 12.106 9.242 10.426 10.073 11.315
15 years (2008-22) 12.547 12.322 11.148 11.973 9.115 10.290 9.940 11.179

Real discount rate: 2.21 65%
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Exhibit B-6. Avoided Cost of Gas Delivered to Retail Customers in Northern and
Central New England by End Use (Gas Delivered via Tennessee Gas Pipeline) in
2007$/Dekatherm

______ RESIDENTIAL ______ COMMERCIAL & INDUSTRIAL ALL

Existing New Hot Non RETAIL
Heatina Heatinci Water All Heating Heating All

Year 3-mon. 5-mon. annual 6-mon. annual 5-mon. 6-mon. 5-mon.
2007 12.88 12.71 11.65 12.39 10.58 11.63 11.32 12.12
2008 13.95 13.77 12.65 13.43 11.57 12.69 12.35 13.18
2009 13.39 13.21 12.13 12.88 11.05 12.14 11.81 12.63
2010 12.81 12.63 11.58 12.31 10.51 11.55 11.24 12.04
2011 12.30 12.12 11.11 11.82 10.03 11.05 10.74 11.54
2012 11.92 11.74 10.75 11.44 9.68 10.67 10.37 11.16
2013 11.21 11.04 10.10 10.76 9.02 9.97 9.68 10.46
2014 11.28 11.11 10.16 10.82 9.08 10.03 9.75 10.52
2015 11.23 11.06 10.11 10.77 9.03 9.98 9.70 10.47
2016 11.38 11.21 10.25 10.92 9.18 10.13 9.85 10.62
2017 11.66 11.49 10.51 11.20 9.44 10.41 10.12 10.90
2018 11.57 11.40 10.43 11.11 9.36 10.33 10.04 10.82
2019 11.52 11.35 10.39 11.06 9.31 10.28 9.99 10.77
2020 11.66 11.49 10.51 11.19 9.44 10.41 10.12 10.90
2021 11.77 11.60 10.62 11.30 9.54 10.52 10.23 11.01
2022 12.05 11.88 10.88 11.58 9.80 10.81 10.51 11.30
2023 12.17 12.00 10.99 11.70 9.90 10.61 11.41
2024 12.30 12.12 11.10 11.81 10.00 11.02 10.72 11.52
2025 12.42 12.24 11.21 11.93 10.10 11.13 10.82 11.64
2026 12.54 12.36 11.32 12.05 10.20 11.24 10.93 11.75
2027 12.67 12.49 11.43 12.17 10.31 11.36 11.04 11.87
2028 12.80 12.61 11.55 12.29 10.41 11.47 11.15 11.99
2029 12.92 12.74 11.66 12.42 10.51 11.58 11.26 12.11
2030 13.05 12.86 11.78 12.54 10.62 11.70 ~1.38 12.23
2031 13.18 12.99 11.90 12.67 10.72 11.82 — 1.49 12.35
2032 13.32 13.12 12.02 12.79 10.83 11.94 — 1.60 12.48
2033 13.45 13.25 12.14 12.92 10.94 12.05 — 1.72 12.60
2034 13.58 13.39 12.26 13.05 11.05 12.18 11.84 12.73
2035 13.72 13.52 12.38 13.18 11.16 12.30 11.96 12.86
2036 13.86 13.66 12.51 13.31 11.27 12.42 12.08 12.98
2037 13.99 13.79 12.63 13.44 11.38 12.54 12.20 13.11
2038 14.13 13.93 12.76 13.58 11.50 12.67 12.32 13.24
2039 14.28 14.07 12.89 13.71 11.61 12.80 12.44 13.38
2040 14.42 14.21 13.01 13.85 11.73 12.92 12.57 13.51

Levelized
(2008-2040) 12.558 12.376 11.334 12.064 10.213 11.255 10.943 11.766
(2009-2040) 12.496 12.315 11.276 12.004 10.153 11.192 10.881 11.704
5years(2008-12) 12.895 12.717 11.663 12.400 10.588 11.642 11.325 12.132
10 years (2008-17) 12.163 11.989 10.982 11.687 9.907 10.914 10.612 11.404
l5years (2008-22) 12.029 11.855 10.856 11.555 9.781 10.780 10.480 11.270

Real discount rate: 2.2165%
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Exhibit B-7. Avoided Cost of Gas Delivered to Retail Customers in Vermont by End
Use (Gas Delivered via TransCanada Pipeline) in 2007$/Dekatherm

_______ RESIDENTIAL _______

Existing New Hot
Heating Heating Water All

Non
Heating

COMMERCIAL & INDUSTRIAL ALL

Heating All
RETAIL

Year 3-mon. 5-mon. annual 6-mon. annual 5-mon. 6-mon. 5-mon.
2007 12.14 11.90 10.66 11.53 8.65 9.89 9.52 10.65
2008 13.09 12.84 11.54 12.45 9.53 10.83 10.44 11.58
2009 12.59 12.35 11.08 11.97 9.07 10.34 9.96 11.09
2010 12.07 11.83 10.60 11.47 8.59 9.82 9.46 10.58
2011 11.62 11.38 10.18 11.03 8.17 9.38 9.02 10.13
2012 11.28 11.05 9.87 10.70 7.86 9.04 8.69 9.79
2013 10.65 10.43 9.29 10.09 7.28 8.42 8.08 9.17
2014 10.71 10.49 9.34 10.15 7.33 8.48 8.14 9.23
2015 10.67 10.44 9.30 10.10 7.29 8.43 8.10 9.19
2016 10.80 10.58 9.43 10.24 7.42 8.57 8.23 9.32
2017 11.05 10.82 9.66 10.48 7.65 8.81 8.47 9.57
2018 10.98 10.75 9.59 10.40 7.58 8.74 8.40 9.49
2019 10.93 10.70 9.55 10.36 7.54 8.69 8.35 9.45
2020 11.05 10.82 9.66 10.48 7.65 8.81 8.47 9.57
2021 11.15 10.92 9.75 10.57 7.74 8.91 8.57 9.67
2022 11.40 11.17 9.98 10.82 7.97 9.16 8.81 9.92
2023 11.52 11.28 10.08 10.93 8.05 9.25 8.90 10.01
2024 11.63 11.39 10.18 11.03 8.13 9.35 8.99 10.12
2025 11.75 11.51 10.28 11.15 8.21 9.44 9.08 10.22
2026 11.87 11.62 10.39 11.26 8.30 9.53 9.17 10.32
2027 11.98 11.74 10.49 11.37 8.38 9.63 9.26 10.42
2028 12.10 11.86 10.59 11.48 8.46 9.72 9.35 10.53
2029 12.23 11.97 10.70 11.60 8.55 9.82 9.44 10.63
2030 12.35 12.09 10.81 11.71 8.63 9.92 9.54 10.74
2031 12.47 12.22 10.92 11.83 8.72 10.02 9.63 10.84
2032 12.60 12.34 11.02 11.95 8.81 10.12 9.73 10.95
2033 12.72 12.46 11.14 12.07 8.89 10.22 9.83 11.06
2034 12.85 12.59 11.25 12.19 8.98 10.32 9.93 11.17
2035 12.98 12.71 11.36 12.31 9.07 10.43 10.03 11.29
2036 13.11 12.84 11.47 12.43 9.16 10.53 10.13 11.40
2037 13.24 12.97 1 59 12.56 9.26 10.64 10.23 11.51
2038 13.37 13.10 1 .70 12.68 9.35 10.74 10.33 11.63
2039 13.50 13.23 11.82 12.81 9.44 10.85 10.43 11.74
2040 13.64 13.36 11.94 12.94 9.54 10.96 10.54 11.86

Levelized
(2008-2040) 11.880 11.636 10.398 11.270 8.303 9.542 9.175 10.329
(2009-2040) 11.827 11.584 10.348 11.218 8.249 9.485 9.119 10.274
5years (2008-12) 12.151 11.909 10.671 11.542 8.663 9.901 9.534 10.656
loyears(2008-17) 11.500 11.265 10.070 10.911 8.062 9.257 8.903 10.012
l5years(2008-22) 11.380 11.147 9.960 10.795 7.951 9.138 8.787 9.893

Real discount rate. 2.2165%
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Exhibit B-8. Monthly Henry Hub Natura’ Gas Price Forecast 2007-2022 (Nominal$/MMBtu)

Monthly
Adj Factor 1.1159874 1.1178952 1.0909087 0.9272738 0.9144141 0.924639 0.9358622 0.9450245 0.9538974 0.9687726 1.0250697 1.080189319
HHAnn

Avg
Nominal

Year Price 1 2 3 4 5 6 7 8 9 10 11 12
2007 7.71 5.84 6.93 7.55 6.96 7.11 7.77 7.92 8.02 8.06 8.15 8.81 9.46
2008 8.87 10.02 9.99 9.72 835 8.20 8.26 8.33 8.38 8.4/1 8.48 8.93 9.38
2009 8.57 9.86 9.82 9.55 8.02 7.87 7.93 7.99 8.04 8.08 8.16 8.59 9.01
2010 8.23 9.44 9.41 9.14 7.70 7.56 7.62 7.68 7.73 7.76 7.84 8.26 8.68
2011 7.95 9.09 9.06 8.80 7.43 7.29 7.35 7.41 7.45 7.49 7.57 7.99 8.41
2012 7.76 8.82 8.80 8.55 7.28 7.14 7.20 7.26 7.30 7.34 7.42 7.82 8.21
2013 7.24 8.08 8.09 7.90 6.71 6.62 6.69 6.77 6.84 6.90 7.01 7.42 7.82
2014 7.49 8.36 8.37 8.17 6.94 6.85 6.92 7.01 7.08 7.14 7.25 7.68 8.09
2015 7.62 8.50 8.52 8.31 7.07 6.97 7.05 7.13 7.20 7.23 7.38 7.81 8.23
2016 7.98 8.91 8.92 8.71 7.40 7.30 7.38 7.47 7.54 7.61 7.73 8.18 8.62
2017 8.49 9.48 9.50 9,27 7.88 7.77 7.85 7.95 8.03 8.10 8.23 8.71 9.18
2018 8.61 9,61 9.62 9.39 7.98 7.87 7.96 8.06 8.14 8.21 834 8.82 9.30
2019 8.76 9.78 9.80 9.56 8.13 8.01 8.10 8.20 8.28 8.36 8.49 8.98 9.47
2020 9.15 10.21 10.22 9.98 8.48 8.36 8.46 8.56 8.64 8.72 8.86 937 9.88
2021 9,52 10.62 10.64 10.38 8.82 8.70 8.80 8.91 8.99 9.08 9.22 9.76 10.28
2022 10.11 11.29 11.31 11.03 938 9.25 9.35 9.47 9.56 9.65 9.80 1037 10.93

Notes:
1107-5107 axe actual prices
6/07-12112 axe forecasted prices from NYMEX as of May 2, 2007
2007-2012 HH Annual Average Prices are straight averages across the months of’each year
2013-2022 I-IH Annual Average Prices axe forecasted
Prices for 1113-12122 axe calculatedby multiplying the HH Annual Average Price by the Monthly Adjustment Factor
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Exhibit B-9. Monthly Regional Natural Gas Price Forecast 2007-2022 (Nominal$IMMBtu) — ALG

Monthly t
PremFactor 1.3659648 1.3343223 1.1408184 1.0927116 1.0931588 1.0932223 1.0987813 l.0849~414 1.073207 1.0915255 1.1243434 1.204758479

Ann Avg
Nominel

Year Price 1 2 3 4 5 6 7 8 9 10 11 12
20117 8.82 7.69 9.73 8.30 7.61 7.77 8.49 8.70 1.70 8.65 8.90 9.90 11.40
2008 10.51 14.03 13,66 11.37 9.35 9.19 9.25 9.38 ~.32 9.24 9,49 10.29 11.58
2009 10.42 14.14 13.77 11.44 9.20 9.04 9.10 9.22 p.17 9.11 9.35 10.14 11.40
2010 10.26 13.88 13.52 11.22 9.06 8.90 8.97 9.09 p.03 8.97 9.22 10.01 11.26
2011 10.15 13.71 1335 11.09 896 8.80 8.87 8.99 ~,93 8.87 9.12 9.92 11.18
2012 10.16 13.64 13.29 11.04 9.00 8.83 8.91 9.03 ~.96 8.91 9.17 9.95 11.20
2013 9.70 12.80 12.52 10.45 8.51 8.39 8.49 8.63 p.61 8.59 8.88 9.68 10.92
2014 10.29 13.57 13.28 11.08 9.02 8.90 9.00 9,15 ).13 9.11 9.41 10.26 11.58
2015 10.73 14.15 13.85 11.55 9.41 9.28 9.39 9.55 ~.52 9.50 9,82 10.70 12.08
2016 11.52 15.19 14,87 12.40 10.10 9.96 10.07 10.25 1 1.22 10.20 10,54 11.49 12.97
2017 12.57 16.58 16.22 13.53 11.02 10.87 10.99 11.18 11.15 11.13 11.50 12.53 14.15
2018 13.06 17.22 16.85 14.06 11.44 11.29 11.42 11.61 11,58 11.56 11.94 13.02 14.70
2019 13.63 17.97 17.58 14.67 11.94 11.78 11.91 12.12 1L09 12.07 12.46 13.58 15.34
2020 14.57 19.22 18.80 15.69 12.77 12.60 12.74 12.96 1 .93 12.91 13.33 14.53 16.41
2021 15.55 20.50 20.06 16.73 13.62 13.44 13.59 13.83 1~.79 13.77 14.22 15.50 17.50
2022 16.93 22,33 21.85 18.23 14.84 14.64 14.81 15,06 15.02 15.00 15.49 16.88 19.06

Notes:
Prices for all months are calculated by multiplying the Heiuy Hub Monthly Price by the Monthly Factor for Algonquin City 0 te
2007-2022 Amuial Average P±es are straight averages across the months of each year
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Exhibit B-b. Monthly Regional Natural Gas Price Forecast 2007-2022 (Nominal$IMMBtu) — TGP Z6

Monthly
Pi~mF~ctor 1.2735839 1.2766407 1.1333628 1.0860551 1.0837252 1.0314196 1.0849595 1.0767206 1.0662243 1.0786931 1.1111352 1,177818291

Ann Avg
Non’iinei

Ycer Price 1 2 3 4 5 6 7 8 9 10 11 12
2007 8.69 7.28 9.55 8.23 7.56 7.70 8.40 8.59 8,63 8.59 8.79 9,79 11,15
2008 10.30 13.08 13.07 11.29 9.30 9.11 9.15 9.26 9.25 9.18 9.37 10.17 11.32
2009 10.21 13.19 13.17 1137 9.15 8.96 9.01 9.11 9.10 9.05 9.24 10.02 11.15
2010 10.05 12.94 12.93 11.15 9.01 8.82 8.87 8.98 8.96 8.91 9.11 9.89 11.01
2011 9.94 12.78 12.77 11.01 8.91 8.72 8.77 8.88 8.86 8.81 9.01 9.80 10.93
2012 9.95 12.71 12.71 10.96 8.94 8.76 8.81 8.91 8.89 8.85 9.06 9.83 10.95
2013 9.51 11.93 11.98 10.38 8.45 8,32 8.39 8.52 8.54 8.54 8.77 9.56 10.68
2014 10.08 12.65 12.70 11.01 8.96 8.82 8.90 9.04 9.06 9.05 9.30 10.14 11.32
2015 10.51 13.20 13,25 11.48 9.35 9.20 9.28 9.43 9.45 9.44 9.70 10.57 11.81
2016 11.29 14.16 14.22 12.32 10.04 9,88 9.97 10.12 10.14 10.14 10.41 11.35 12.68
2017 1231 15.45 15.52 13.44 10.95 10.78 10.87 11.04 11.06 11.06 11.36 12,38 13,83
2018 12.79 16.05 16.12 13.96 11.37 11.19 11.29 11.47 11.49 11.49 11.80 12,86 14.37
2019 13.35 16.75 16.82 14.57 11,87 11.68 11.79 11.97 11.99 11.99 12.32 13.42 15,00
2020 14.28 17.92 17.99 15.59 12.70 12.49 12.61 12.80 12.83 12.82 13.17 14,36 16.04
2021 15.23 19.11 19.19 16.63 13.54 13.33 13.45 13.65 13.68 13.68 14.05 15.32 17,11
2022 16.59 20.32 20.91 18.11 14.75 14.52 14.65 14.87 14.91 14.90 15.31 16.68 18.64

Notes:
Prices fbr all months are calculated by multiplying the 1-leroy Hub Monthly Price by the Monthly Factor for Tennessee Zone 6
2007-2022 Annual Average Prices are straight averages across the months of each year
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Exhibit B-il. Monthly New England Natural Gas for Electric Generation Price Forec~st 2007-2022 (Nominal$IMMBtu)

Monthly
Prem
Factor 1.365965 1.334322 1.140818 1.092712 1.093159 1.093222 1.098781 1.08 941 1.073207 1.091 528 1.124343 1.204758

Nominal
Ann Av9

Year Price 1 2 3 4 5 6 7 9 10 11 12
2007 8.82 7.49 9.64 8.27 7.65 7.80 8.52 8.72 8.74 8.69 8.91 9.92 11.34
2008 1 0.22 1 3.30 13.11 11.13 9.17 9.00 9.05 9.16 9.13 9.06 9.27 1 0.05 11.24
2009 9.89 1 3.08 1 2.89 1 0.93 8.81 8.64 8.69 8.80 8.77 8.71 8.92 9.67 1 0.80
2010 9.50 1 2.53 1 2.36 1 0.46 8.47 8.30 8.36 8.46 8.43 8.37 8.58 9.31 1 0.42
2011 9.18 1 2.08 11.91 1 009 8.17 8.01 8.07 8.17 8.13 8.08 8.29 9.01 1 0.09
2012 8.97 11.72 11.57 9.80 8.01 7.85 7.91 8.01 7.97 7.93 8.14 8.82 9.86
2013 8.36 1 0.74 1 0.65 9.06 7.39 7.29 7.38 7.48 7.48 7.47 7.69 8.38 9.40
2014 8.65 11.11 11.01 9.37 7.65 7.54 7.61 7.73 7.73 7.72 7.95 8.66 9.72
2015 8.80 11.31 11.21 9.54 7.78 7.67 7.75 7.87 7.87 7.86 8.10 8.82 9.89
2016 9.22 11.84 11.73 9.99 8.15 8.03 8.11 8.24 8.24 8.23 8.48 9.23 1 0.36
2017 9.81 1 2.60 1 2.49 1 0.63 8.67 8.54 8.63 8.77 8.77 8.76 9.02 9.82 11.02
2018 9.94 1 2.77 1 2.65 1 0.77 8.79 8.66 8.75 8.89 8.88 8.88 9.14 9.95 11.17
2019 10.12 1 3.00 1 2.88 1 0.97 8.95 8.82 8.90 9.05 9.05 9.04 9.31 10.14 11.37
2020 10.56 13.57 13.44 11.44 9.33 9.20 9.29 9.44 9.44 9.43 9.71 10.57 11.86
2021 1 0.99 14.12 1 3.99 11.90 9.71 9.57 9.67 9.82 9.82 9.81 10.10 11.00 1 2.34
2022 11.67 1 5.00 1 4.86 1 2.65 1 0.32 10.17 1 0.27 1 0.44 0.43 1 0.42 1 0.73 11.69 13.12

Notes:
Prices are based on the average of the Algonquin City Gate & Tennessee Zone 6 prices along with atransporta on markup.
NO markup for electric generation 0.07 $$MMBtu
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Exhibit B-12. Avoided Cost of Gas Delivered to Retail Customers in Southern New
England by End Use (Gas Delivered via Texas Eastern and Algonquin Gas
Pipelines) in Nominal$fDekatherm

_______ RESIDENTIAL

Existing New Hot
Heating Heating Water ___________ ___________ _______

COMMERCIAL & INDUSTRIAL
Non

All Heatina Heatina

ALL
RETAIL

All
Year 3-mon. 5-mon. annual 6-mon. annual 5-mon. 6-mon. 5-mon.
2007 13.42 13.19 11.96 12.82 9.92 11.16 10.79 12.04
2008 14.87 14.62 13.29 14.22 11.20 12.54 12.14 13.45
2009 14.64 14.39 13.07 14.00 10.93 12.26 11.86 13.19
2010 14.37 14.12 12.80 13.72 10.61 11.93 11.53 12.89
2011 14.15 13.90 12.59 13.51 10.34 11.66 11.27 12.64
2012 14.06 13.81 12.49 13.42 10.19 11.51 11.12 12.52
2013 13.59 13.33 12.03 12.95 9.68 10.98 10.59 12.01
2014 14.00 13.74 12.41 13.35 9.99 11.33 10.93 12.39
2015 14.29 14.02 12.66 13.62 10.18 11.55 11.14 12.63
2016 14.84 14.57 13.16 14.15 10.62 12.03 11.61 13.14
2017 15.58 15.30 13.82 14.86 11.22 12.69 12.26 13.83
2018 15.85 15.56 14.06 15.12 11.40 12.90 12.45 14.06
2019 16.18 15.89 14.35 15.43 11.62 13.15 12.70 14.35
2020 16.77 16.47 14.88 16.00 12.08 13.67 13.20 14.89
2021 17.36 17.04 15.41 16.56 12.54 14.17 13.69 15.43
2022 18.21 17.88 16.18 17.38 13.24 14.94 14.43 16.23
2023 18.85 18.51 16.75 17.99 13.70 15.47 14.94 16.80
2024 19.52 19.17 17.34 18.62 14.19 16.01 15.47 17.39
2025 20.20 19.84 17.95 19.28 14.69 16.58 16.01 18.01
2026 20.92 20.54 18.59 19.96 15.20 17.16 16.58 18.64
2027 21.65 21.27 19.24 20.66 15.74 17.77 17.16 19.30
2028 22.42 22.02 19.92 21.39 16.29 18.39 17.77 19.98
2029 23.21 22.79 20.62 22.15 16.87 19.04 18.39 20.68
2030 24.02 23.60 21.35 22.93 17.46 19.71 19.04 21.41
2031 24.87 24.43 22.10 23.73 18.08 20.41 19.71 22.16
2032 25.75 25.29 22.88 24.57 18.72 21.12 20.41 22.95
2033 26.66 26.18 23.69 25.44 19.38 21.87 21.13 23.75
2034 27.60 27.10 24.52 26.33 20.06 22.64 21.87 24.59
2035 28.57 28.06 25.39 27.26 20.77 23.44 22.64 25.46
2036 29.57 29.05 26.28 28.22 21.50 24.26 23.44 26.36
2037 30.62 30.07 27.21 29.22 22.26 25.12 24.27 27.29
2038 31.70 31.13 28.17 30.25 23.04 26.01 25.12 28.25
2039 32.81 32.23 29.16 31.31 23.85 26.92 26.01 29.24
2040 33.97 33.36 30.19 32.42 24.69 27.87 26.93 30.27

Levelized
(2008-2040) 18.490 18.160 16.429 17.644 13.437 15.167 14.652 16.476
(2009-2040) 18.713 18.377 16.623 17.855 13.574 15.329 14.806 16.662
Syears(2008-12) 14.438 14.189 12.865 13.794 10.680 12.004 11.609 12.960
10 years (2008-17) 14.428 14.172 12.826 13.771 10.513 11.859 11.458 12.871
lsyears(2008-22) 15.049 14.779 13.371 14.360 10.933 12.341 11.922 13.408

Nominal discount rate: 4.7755%
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Exhibit B-13. Avoided Cost of Gas Delivered to Retail Customers in Northern and
Central New England by End Use (Gas Delivered via Tennessee Gas Pipeline) in
Nominal$LDekatherm

______ RESIDENTIAL ______ COMMERCIAL & INDUSTRIAL

Existing New Hot Non
Heatina H~’~”~ Water HeatinoAll Heatina

ALL
RETAIL

All

_____ ~

Year 3-mon. 5-mon. annual 6-mon. annual 5-mon. 6-mon. 5-mon.
2007 12.88 12.71 11.65 12.39 10.58 11.63 11.32 12.12
2008 14.30 14.11 12.96 13.76 11.86 13.01 12.66 13.51
2009 14.07 13.88 12.74 13.54 11.61 12.75 12.41 13.27
2010 13.79 13.60 12.47 13.26 11.31 12.44 12.10 12.97
2011 13.58 13.38 12.26 13.05 11.07 12.20 11.86 12.74
2012 13.48 13.28 12.16 12.95 10.95 12.07 11.73 12.62
2013 13.00 12.81 11.71 12.48 10.46 11.56 11.23 12.13
2014 13.41 13.20 12.07 12.86 10.80 11.92 11.59 12.51
2015 13.68 13.47 12.32 13.13 11.01 12.16 11.82 12.76
2016 14.21 14.00 12.80 13.64 11.46 12.66 12.30 13.27
2017 14.92 14.70 13.46 14.33 12.08 13.33 12.95 13.96

2019 15.50 15.27 13.97 14.88 12.52 13.82 13.43 14.48
2020 16.07 15.83 14.49 15.43 13.01 14.35 13.95 15.03
2021 16.63 16.39 15.00 15.97 13.48 14.87 14.45 15.56
2022 17.46 17.21 15.76 16.77 14.20 15.65 15.21 16.36
2023 18.07 17.81 16.31 17.36 14.70 16.20 15.75 16.94
2024 18.71 18.44 16.89 17.97 15.22 16.77 16.31 17.53
2025 19.37 19.09 17.48 18.61 15.76 17.36 16.88 18.15
2026 20.05 19.76 18.10 19.26 16.31 17.98 17.48 18.79
2027 20.76 20.46 18.74 19.94 16.89 18.61 18.09 19.45
2028 21.49 21.18 19.40 20.65 17.48 19.26 18.73 20.14
2029 22.25 21.93 - 20.08 21.37 18.10 19.94 19.39 20.85
2030 23.03 22.70 20.79 22.13 18.74 20.65 20.07 21.58
2031 23.84 23.50 21.52 22.91 19.40 21.37 20.78 2234
2032 24.69 24.33 22.28 23.71 20.08 22.13 21.51 23.13
2033 25.56 25.19 23.07 24.55 20.79 22.91 22.27 23.95
2034 26.46 26.07 23.88 25.42 21.52 23.72 23.06 24.79
2035 27.39 26.99 24.72 26.31 22.28 24.55 23.87 25.67
2036 28.35 27.95 25.59 27.24 23.06 25.42 24.71 26.57
2037 29.35 28.93 26.50 28.20 23.88 26.31 25.58 27.51
2038 30.39 29.95 27.43 29.19 24.72 27.24 26.48 28.48
2039 31.46 31.01 28.40 30.22 25.59 28.20 27.42 29.48
2040 32.57 32.10 29.40 31.29 26.49 29.20 28.38 30.52

Levelized
(2008-2040) 17.727 17.471 15.999 17.030 14.417 15.888 15.447 16.610
(2009-2040) 17.938 17.677 16.187 17.231 14.574 16.065 15.618 16.800
5years(2008-12) 13.863 13.672 12.539 13.331 11.383 12.516 12.176 13.043
10 years (2008-17) 13.836 13.637 12.492 13.294 11.269 12.414 12.071 12.972
l5years(2008-22) 14.427 14.218 13.021 13.859 11.732 12.929 12.570 13517

Nominal discount rate: 4.7755%
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Exhibit B-14. Avoided Cost of Gas Delivered to Retail Customers in Vermont by
End Use (Gas Delivered via TransCanada Pipeline) in Nominal$/Dekatherm

______ RESIDENTIAL ______ COMMERCIAL & INDUSTRIAL

Existing New Hot Non
Heating Heatina Water ________ Heatina _________ _________All Heatinq

ALL
RETAIL

All
Year 3-mon. 5-mon. annual 6-mon. annual 5-mon. 6-mon. 5-mon.
2007 12.14 11.90 10.66 11.53 8.65 9.89 9.52 10.65
2008 13.42 13.16 11.83 12.76 9.77 11.10 10.70 11.87
2009 13.23 12.97 11.64 12.58 9.53 10.86 10.47 11.65
2010 13.00 12.74 11.41 12.35 9.25 10.58 10.18 11.39
2011 12.83 12.57 11.24 12.17 9.02 10.35 9.96 11.18
2012 12.76 12.50 11.16 12.10 8.89 10.23 9.83 11.08
2013 12.36 12.09 10.77 11.70 8.44 9.76 9.37 10.64
2014 12.73 12.46 11.11 12.06 8.72 10.08 9.68 10.97
2015 13.00 12.72 11.33 12.31 8.89 10.27 9.86 11.19
2016 13.49 13.21 11.77 12.78 9.27 10.70 10.28 11.64
2017 14.15 13.85 12.36 13.41 9.79 11.28 10.84 12.25
2018 14.40 14.10 12.58 13.65 9.94 11.47 11.02 12.46
2019 14.70 14.39 12.84 13.93 10.14 11.69 11.23 12.71
2020 15.23 14.92 13.31 14.44 10.54 12.15 11.67 13.19
2021 15.76 15.43 13.78 14.94 10.94 12.59 12.10 13.66
2022 16.51 16.18 14.45 15.67 11.55 13.27 12.76 14.36
2023 17.10 16.75 14.96 16.22 11.95 13.74 13.21 14.87
2024 17.70 17.34 15.49 16.79 12.37 14.22 13.67 15.39
2025 18.32 17.95 16.04 17.38 12.81 14.72 14.16 15.93
2026 18.97 18.58 16.60 18.00 13.26 15.24 14.65 16.50
2027 19.64 19.24 17.19 18.63 13.73 15.78 15.17 17.08
2028 20.33 19.91 17.79 19.29 14.21 16.33 15.71 17.68
2029 21.05 20.62 18.42 19.97 14.72 16.91 16.26 18.30
2030 21.79 21.34 19.07 20.67 15.23 17.50 16.83 18.95
2031 22.56 22.09 19.74 21.40 15.77 18.12 17.43 19.61
2032 23.35 22.87 20.44 22.15 16.33 18.76 18.04 20.31
2033 24.18 23.68 21.16 22.93 16.90 19.42 18.68 21.02
2034 25.03 24.51 21.91 23.74 17.50 20.11 19.33 21.76
2035 25.91 25.38 22.68 24.58 18.11 20.82 20.02 22.53
2036 26.82 26.27 23.48 25.45 18.75 21.55 20.72 23.32
2037 27.77 27.20 24.31 26.34 19.41 22.31 21.45 24.15
2038 28.75 28.16 25.16 27.27 20.10 23.10 22.21 25.00
2039 29.76 29.15 26.05 28.23 20.81 23.91 22.99 25.88
2040 30.81 30.18 26.97 29.23 21.54 24.75 23.80 26.79

Levelized
(2008-2040) 16.770 16.426 14.678 15.909 11.721 13.470 12.952 14.581
(2009-2040) 16.977 16.628 14.853 16.102 11.841 13.616 13.000 14.748
5 years (2008-12) 13.063 12.803 11.472 12.408 9.313 10.644 10.249 11.456
loyears(2008-17) 13.081 12.814 11.455 12.412 9.170 10.530 10.127 11.389
lsyears(2008-22) 13.649 13.369 11.946 12.948 9.537 10.961 10.539 11.866

Nominal discount rate: 4.7755%
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Appendix C — Detailed Input Assumptions for Electri ~ Energy Price Forecast
Exhibit C-i. Load Allocation Exhibit’35

Modeling 2006 RSP SMD Load S’ate & Peak Load
Zone Subarea Zone State MW CT MA ~IE NH RI VT

7,252 12,561 2 013 2 313 1 855 1 046
BHE BHE ME Maine 310 1~.4%

ME Maine 988 4~.1%
ME New

CMP NH 57
Hampshire I 2.5%

SME ME Maine 665 3~.O%

ME Maine 50 2L5%
NewNH NH NH 1,790Hampshire 77.4%

VT Vermont 70 6.7%

NH New 308VT VT Hampshire 13.3%
VT Vermont 902 86.2%

NEMA/Boston Massachusetts 5391 42.9%
BOSTON BOSTON New

79NH Hampshire — — 3.4%

WCMA Massachusetts 1671 13.3% —

CMAINEMA CMAINEMA New
79NH Hampshire — 3.4%

CT Connecticut 72 1.0%
WMA WMA WCMA Massachusetts 1,929 15.4% —

VT Vermont 74 — 7.1%

SEMA Massachusetts 2811 22.4%
SEMA SEMA —

RI Rhode Island 149 — 8.0%

SEMA Massachusetts 759 6.0% —
RI RI

RI Rhode Island 1706 — — 92.0%

CT CT CT Connecticut 3580 494% — —

SWCT CT Connecticut 2,340 32.3%
SWCT

NOR CT Connecticut 1,260 17.4% — —

From Table 3-6 of ISO New England 2006 Regional System Plan.
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Exhibit C-2. Thermal Unit Characteristics

F el T Unit Size Forced Outage Maintenance Fixed O&M Var. O&M Mm. Down Mm. Up Time Full Load HRu ype Type Range Rate Outage Rate ($/kw-yr) ($/MWh) Time (hours) (hours) (btu/kwti)

Coal ST <=50 0.074 0.070 $79.13 $3.58 24 24 12609
>200 0.071 0.082 $31.97 $1.81 24 24 9811
50-1 00 0.071 0.070 $23.82 $1.28 24 24 10,650
100-200 0.064 0.070 $39.78 $1.84 24 24 10,700

Gas/Oil GT <=50 0.068 0.040 $29.43 $2.75 1 1 12,459
ST <=50 0.073 0.070 $30.43 $2.88 8 6 13,957

>200 0.060 0.125 $18.42 $1.26 8 12 10,735
50-100 0.142 0.070 $15.13 $1.42 8 6 11,779
100-200 0.065 0.115 $17.21 $1.47 8 8 11,188

LFG GT <=50 0.063 0.030 $19.54 $3.31 10,000
IC <=50 0.022 0.040 $61.01 $4.34 10,036
ST <=50 0.068 0.070 $30.65 $3.86 11,826

MSW ST <=50 0.068 0.070 $24.25 $0.96 8 6 11,671
50-1 00 0.068 0.070 $24.06 $0.93 8 6 11,772

Natural Gas CC >200 0.055 0.041 $11.42 $2.19 20 8 7,070
50-100 0.059 0.080 $14.69 $0.88 22 8 8,070
100-200 0.059 0.074 $22.25 $1.69 8 8 8,558

CG <=50 0.059 0.080 $7.57 $0.66 8 8 10,000
50-100 0.042 0.051 $10.92 $3.53 4 4 10,928
100-200 0.054 0.072 $12.86 $1.58 18 7 8,689

GT <=50 0.053 0.040 $10.08 $2.01 2 1 10,863
50-100 0.043 0.040 $12.77 $0.59 3 2 9,919

ST >200 0.063 0.150 $17.00 $1.42 8 10 10,313
Nuclear NU >200 $92.63 $4.48 168 10,077
Oil CC 100-200 0.059 0.080 $19.39 $2.12 8 8 8,000

CG <=50 0.068 0.040 $5.43 $1.62 1 1 13,726
GT <50 0.065 0.034 $9.47 $2.56 1 1 13,955

50-100 0.043 0.040 $5.66 $0.60 3 2 12,686
IC <=50 0.142 0.070 $20.20 $2.21 1 1 10,370
ST <=50 0.130 0.071 $13.97 $1.34 8 6 13,417

>200 0.063 0.124 $17.92 $1.43 12 14 10,385
50-100 0.142 0.070 $21.80 $1.75 8 6 10,500
100-200 0.069 0.120 $18.18 $1.62 8 8 11,202

Other CO 100-200 0.064 0.070 $23.74 $0.95 8 8 11,050
ST <=50 0.068 0.070 $23.80 $0.97 8 6 10,000

Wind WT <=50 $20.61 $0.00
Wood ST <=50 0.068 0.070 $26.44 $1.33 8 6 11,874

50-100 0.054 0.070 $30.45 $1.70 8 6 11,927
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Exhibit C-3. Summary of State RPS Requirements and Qualifying Technology Types

CT Classes — NH
Technology I II Ill MA ME RI VT I New II New Ill Existing IV Existing

Solar thermal • —

Biomass thermal —

Photovoltaic —

Ocean thermal —

Wave • —

lidal —

Wind • •

Sustainable, low Low-emission, —

Biomass emission technology • < = 50 MW C = 25 MW
Hydro <=5MW <= 5MW • <=30MW <=200M~! <=5MW
Landfill gas • • • • —

Sewage plant waste —

Fuel cells • wI RE fuels • wi RE fuels w/ RE fuels
Geothermal
MSW • wI recycling —

CHP •(a) . —

Energy efficiency . (a) —

Percent Requirement —

Year I II or I Ill (b) (c) — I II Ill IV

2007 3. 1.0% 3.0% 3.0 0.0% 0.0% 0.0° 0.
2008 5. 2.0% 3.5° 3.5 0.0° 0.0 3.5° 0.
2009 6. 3.0% 4.0° 4.0 0.5° 0.0 4.5° 1.
2010 7. 4.0% 5.0° 4.5 Increrne lal 1.0 0.0 5.5° 1.
2011 7. 4.0% 6.0° 5.5 growth be een 2.0 0.1 6.5° 1.
2012 7. 4.0% 7.0° 65 200Sand 012 3.o 0.2 6.5° 1.
2013 7. 4.0% 8.0° 7.5 4.0 0.2 6.5° 1.
2014 7. . 4.0% 9.0° . 8.5 5.0 0.3 6.50/ 1
2015 7.0 3% in all years 4.0% 10.0° 30% in all years 10.0 — 6.0 0. 6.5° 1.
2016 7. 4.0% 11.0° 11.5° 7.0 0. 6.5° 1.
2017 7. 4.0% 12.0° 13.0° — 8.0 0. 6.5° 1.
2018 7. 4.0% 13.0° 14.5° — 9.0° 0.3/o 6.5° 1.
2019 7. 4.0% 14.0° 16.0° — 10.0° 0. 6.5° 1.
2020 7. 4.0% 15.0% 16.0° — 11.0° 0. 6.5° 1.
2021 7. 4.0% 16.0% 16.0° — 12.0° 0. 6.5° 1.0%
2022 7. 4.0% 17.0% 16.0° 13.0° 0. 6.5° 1.0%

Use Generator
Information System (GIS) Yes Yes Yes Yes Yes Yes
renewable energy
certificates?
Renewable energy
certificates outside ISO New York only until 2010 w/ deliverability w/ deliverability WI delivers ility
New England
Notes:
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Appendix D — Usage Guide for Avoided Energy
Supply Costs

A. General

The avoided electricity supply cost workbook consists of a worksheet for common inputs
and individual worksheets with avoided supply costs for the following geographic areas:

• Maine

• Vermont

• New Hampshire

• Connecticut (Statewide)

• Massachusetts (Statewide)

• Rhode Island

• SEMA (Southeast Massachusetts)

o WCMA (West-Central Massachusetts)

o NEMA (Northeast Massachusetts)

o Rest of Massachusetts (Massachusetts excluding NEMA)

• Norwalk/Stamford

• Southwest Connecticut, including Norwalk/Stamford

• Southwest Connecticut, excluding Norwalk/Stamford

• Rest of Connecticut (Connecticut excluding all of Southwest Connecticut)

Notifications

All present values and levelized costs in the exhibits and Avoided Cost workbook were
computed using a real discount rate of 2.22%. Present values are discounted to 2007.
Inflation rates of 2.9% for 2005—2006 and 2.5% for 2006—2007 were used to compare
historical prices to these forecasts.

The avoided energy costs are computed for the aggregate load shape in each zone by
costing period, and are applicable to DSM programs reducing load roughly in proportion
to existing load. Other resources, such as load management and distributed generation,
may have very different load shapes and significantly different avoided energy costs.
Baseload resources, such as combined-heat-and-power (CHP) systems, would tend to
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have lower avoided costs per kWh. Peaking resources, such as most non-CHP distributed
generation and load management, would tend to have higher avoided costs per kWh.

B. Overview of Avoided Costs

Each worksheet for a geographic area contains the following data for estimating the
benefits of DSM.

• Avoided Energy Costs: Avoided energy costs are presented by year for four
energy costing periods — Winter Peak, Winter Off-Peak, Summer Peak, and
Summer Off-Peak. Avoided energy cost in each period is calculated as
(relevant avoided wholesale energy cost + cost of compliance with RPS) * (1
+ retail adder).

• Annual Market Capacity Value Avoided Cost: The avoided capacity cost is
~

calculated as (market value of capacity in the FCM assuming no new DSM
increased by the required reserve margin) *(1 + retail adder) *(l + line losses
to the ISO delivery points).

• DRIPE: DRIPE energy values are presented by year for the four energy
costing periods. DRIPE capacity values are presented for each year starting in
2010. It is recommended that these be included in analyses of DSM, unless
specifically excluded by state or local law or regulation. It would be useful in
any case to show the cost-benefit results with and without the DRIPE benefits.

• CO2 Environmental Externalities: CO2 externality values are presented by
year for the four energy costing periods. It is recommended that these be
included in analyses of DSM, unless specifically excluded by state or local
law or regulation. It would, however, be useful in any case to show the cost-
benefit results with and without the CO2 externalities included.

User-Specified Inputs

Program administrators are responsible for developing and applying losses from the ISO
delivery points to the end use for their specific system when applying the avoided energy
costs and avoided capacity costs.

Program Administrators have the ability to use different values for certain inputs if
appropriate for a particular application. Those inputs are the retail adder, capacity
factor, real discount rate, and zonal summer on-peak capacity factor. The default
values for these inputs are provided in the “Inputs” worksheet. The avoided cost
calculations in the worksheet for each zone use those default values via a link to the
Inputs worksheet. If a user wishes to specify a different value for any of those inputs, that
user-specified value should be entered directly in the relevant worksheet. This will
preserve the default values in the Inputs worksheet.
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Program administrators are responsible for developing and applying estimates of avoided
transmission and distribution costs for their specific system. A suggested approach to
developing those estimates is discussed below.

C. Guide to Applying the Avoided Costs

The benefits of DSM should be estimated from the appropriate avoided-cost exhibit as
the sum over the years of:

1. reduction in winter peak energy at the end use
x winter peak energy losses from the ISO delivery points to the end use136
x the Winter Peak Energy value for that year;

2. reduction in winter off-peak energy at the end use
x winter off-peak energy losses from the ISO delivery points to the end use
x the Winter Off-Peak Energy value for that year;

3. reduction in summer peak energy at the end use
x summer peak energy losses from the ISO delivery points to the end use
x the Summer Peak Energy value for that year;

4. reduction in summer off-peak energy at the end use
summer peak off-energy losses from the ISO delivery points to the end use

x the Summer Off-Peak Energy value for that year;

5. reduction in capacity costs estimated either as

a) reduction at the time of summer coincident peak at the end use
x summer peak-hour losses from the ISO delivery points to the end use
x the Annual Market Capacity Value for that year;

or alternatively,

b) reduction in summer peak energy at the end use
x summer peak energy losses from ISO delivery to the end use
x the On-Peak Summer Capacity Value for that year;

6. If the avoided costs are to include DRIPE, the avoided costs should be increased as
follows:

a) If the savings persist for at least 4 years (6 years for capacity), use the values
in the columns applicable to the efficiency program implementation year to
calculate the sum of:

136 Each set of losses should be computed by the program administrator for its specific system.
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i. reduction in annual winter peak energy at the end use
x winter peak energy losses from ISO delivery to the end use137
x the present value line for DRIPE Winter Peak Energy;138

ii. reduction in annual winter off-peak energy at the end use
x winter off-peak energy losses from ISO delivery to the end use
x the present value line for DRIPE Winter Off-Peak Energy;

iii. reduction in annual summer peak energy at the end use
x summer peak energy losses from ISO delivery to the end use
x the present value line for DRIPE Summer Peak Energy;

iv. reduction in annual summer off-peak energy at the end use
x summer off-peak energy losses from ISO delivery to the end use
x the present value line for DRIPE Summer Off-Peak Energy:

v. reduction at the time of summer coincident peak at the end use
x summer peak-hour losses from ISO delivery to the end use

x the present value line for DRIPE Annual Market Capacity Value.

b) If savings persist for shorter periods, or if inclusion of present values is
inconvenient in the benefit-cost model, DRIPE should be computed in the
same manner as the direct avoided costs, as the product of load reductions and
the annual DRIPE price

7. If the avoided costs are to include carbon externalities, the avoided costs should be
increased as follows:’39

a) reduction in winter peak energy at the end use
x winter peak energy losses from the ISO delivery points to the end use

the CO2 Externality Winter Peak Energy value for that year,

b) reduction in winter off-peak energy at the end use
x winter off-peak energy losses from the ISO delivery points to the end use
x the CO2 Externality Winter Off-Peak Energy value for that year,

~ The loss factors relevant throughout this list should be (power at ISO delivery) (power at the end use),

and will be between 1.00 and 1.20. For some utilities, losses are reported separately as percentage
losses (a) from ISO delivery to the distribution substation, and (b) from the substation to the customer;
the overall loss factor can be computed as [1 + (a)] x [1 + (b)].

138 The user can change the real discount rate input to match the discount rate used in its benefit-cost

model.
139 One could also make an adjustment for losses from the generator to the PTF, but that is likely more

precision than is warranted by the externality value itself.
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c) reduction in summer peak energy at the end use
x summer peak energy losses from the ISO delivery points to the end use
x the CO2 Externality Summer Peak Energy value for that year,

d) reduction in summer off-peak energy at the end use
x summer off-peak energy losses from the ISO delivery points to the end use
x the CO2 Externality Summer Off-Peak Energy value for that year,

8. If the avoided costs are to include avoided transmission and distribution costs on the
program administrator’s system, the avoided costs should be increased as follows:

a) Reduction in the peak demand used in estimating avoided transmission and
distribution costs at the end use

capacity losses at those peak hours from ISO delivery to the end use
the utility-specific estimate of avoided T&D costs in $/kW-year.’4°

D. Guide to Exhibit Structure and Terminology

Each of the avoided-cost exhibits has the same structure. Reading from left to right, the
structure is as follows:

I. Avoided Costs

(a) Winter Peak Energy Avoided Cost ($/kWh) 141

The 16-hour block 6am — 10pm (the hours ended 700 through 2200), Monday — Friday
(except ISO holidays), in the months of January — May and October — December.
Avoided energy cost in each period is calculated as (relevant avoided wholesale energy
cost + cost of compliance with RPS) * (1 + retail adder).

(b) Winter Off-Peak Energy Avoided Cost ($IkWh)

All other hours — 10pm - 6am (the hours ended 2300 through 600), Monday — Friday, all
day on Saturday and Sunday, and ISO holidays — in the months of January — May and
October — December. Avoided energy cost in each period is calculated as (relevant
avoided wholesale energy cost + cost of compliance with RPS) * (1 + retail adder).

(c) Summer Peak Energy Avoided Cost ($/kWh)

The 16-hour block 6am — 10pm (the hours ended 700 through 2200), Monday — Friday
(except ISO holidays), in the months of June — September. Avoided energy cost in each

140 Most demand-response and load-management programs will not avoid transmission and distribution

costs, since they are as likely to shift local loads to new peak hours as to reduce local peaks.
‘~‘ ISO holidays are New Year’s Day, Memorial Day, July 4, Labor Day, Thanksgiving, and Christmas.
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period is calculated as (relevant avoided wholesale energy cost + cost of compliance with
RPS) * (1 + retail adder).

(d) Summer Off-Peak Energy Avoided Cost (S/kWh)

All other hours — 10pm — 6am (the hours ended 2300 through 600), Monday — Friday, all
day on Saturday and Sunday, and ISO holidays in the months of June — September.
Avoided energy cost in each period is calculated as (relevant avoided wholesale energy
cost + cost of compliance with RPS) * (1 + retail adder).

(e) Annual Market Capacity Value Avoided Cost ($/kW-yr)

Annual Market Capacity Value Avoided Cost is calculated as the market-clearing price in
the forward capacity market, estimated at the estimated cost of new entry, increased by
the required reserve margin to represent costs per kilowatt of load. These values also
include line losses to the ISO delivery points. The annual capacity requirement for load
is determined by the load’s contribution to the system coincident peak, which occurs on a
summer weekday, usually in the months of July and August, in the hours ending 1500—
1700.142

ii. Demand-Reduction-Induced Price Effects (DRIPE)

The next two sections of each exhibit provide the estimates of DRIPE developed in this
project. The first section applies to measures implemented in 2008, the second to
measures implemented in 2009. Each energy period and capacity has annual entries for a
few years, as well as a present value at the bottom of the exhibit. As discussed below,
most applications of these avoided cost components can use the present values directly,
without using the annual values. The annual values may be more convenient for use in
some economic-evaluation models.

Some interpretations of the societal test and the total resource cost test will include
DRIPE while others will exclude DRIPE. That choice is left to the program
administrators and/or their regulators.

iii. CO~ Externality

This section provides estimates of CO2 externality values developed in this project. Each
energy period has annual entries.

iv. Forward Capacity Market (FCM) Revenue

To the right of the CO2 externality values, each avoided-cost worksheet provides
estimates of the FCM revenues that the program administrator could receive by bidding
DSM programs into the forward capacity market auction. These are not avoided costs and
should not be included in any calculation of avoided costs. Instead these estimates are

142 In the last ten years, the coincident peak has occurred outside these hours only twice, at hour ending

1300 in late June and at hour ending 1400 in July.
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simply provided as a convenience to program administrators who may need to provide an
estimate to their regulator.

Most DSM programs are likely to participate in the FCM as either On-Peak Demand
Resources (a category designed for non-weather-sensitive savings) or Seasonal Peak
Demand Resources (designed for weather-sensitive savings).These revenues would be
offsets to program costs for budgeting purposes. These revenues would not be TRC
benefits for New England customers as a whole, since customers will be paying the FCM
charges, as well as getting the benefits of the FCM revenues offsetting DSM costs.

(1) Load Reduction Value in Capacity Terms

Program administrators should multiply the unit FCM revenue values ($/kW) from the
workbook by the appropriate load reduction in June, July, August, December, and
January. The applicable time periods for each category of resource in those 5 months are:

• On-Peak Demand Resources - average load reduction during non-holiday
weekday hours of:

• 1 PM to 5 PM (hours ending 1400 to 1700) in June, July and August

• 5 PM to 7 PM (hours ending 1800 and 1900) in December and January

• Seasonal Peak Demand Resources — the average load reduction during non-
holiday weekday hours during which real-time system hourly load exceeds
90% of the most recent “50/50” System Peak Load Forecast for the season.143

(The unit FCM revenue values in the workbook reflect the FCM revenue values that the
resource will receive in the remaining months of February, March, April, May,
September, October, and November).

(g) Load Reduction Value in Energy Terms

As an alternative to the recommended method described above, program administrators
may wish to calculate the FCM benefits in $/kWh terms. The column to the right of the
FCM Revenues section in each zonal spreadsheet therefore includes the capacity avoided
costs in $/kWh, computed from the 2006 summer on-peak load factor for each zone:144

(summer on-peak energy ÷ summer on-peak hours) ÷ load at the system peak

This value is most likely to be useful for comparing avoided capacity costs to avoided
energy costs. If it is used for screening, this value should be multiplied by the summer
on-peak savings.

~ If no high-load hours occur in the month, the ISO will estimate the potential load reduction from prior

experience or engineering data.

‘~ Monthly on-peak energy for the Connecticut sub-zones was not readily available from the ISO, so the
load factors for those sub-zones were estimated as the Connecticut summer on-peak load factor times
the ratio of the sub-zone all-hours summer load factor to the Connecticut all-hours summer load factor.
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v. In put Values

To the right of the FCM values discussed above, each zonal worksheet contains the
wholesale market prices and renewable-energy-credit prices applicable to that zone.
These values do not reflect the addition of losses and retail adders. Users should not
normally need to use these input values directly, or to modif~, these values.

E. Levelization

Along the bottom of the tables in each zonal worksheet, there are real-levelized costs for
each of the direct avoided costs. These values are calculated for various periods, using a
2.2% real discount rate and the 2.5% inflation rate assumed throughout this project. For
DRIPE, whose effects are experienced over only a few years, the spreadsheet includes the
present value of the energy effect per annual MWh and the capacity effect per kilowatt of
load reduction, for the convenience of the program administrators. Inclusion of DRIPE
would add roughly one to three years to the avoided-cost benefits.

F. Utility-Specific Costs to be Added/Considered by Program
Administrators

i. Losses from the ISO Delivery Point to the End Use

The avoided energy and capacity costs, and the estimates of DRIPE, include energy and
capacity losses on the ISO-administered pool transmission facilities (PTF), from the
generator to the delivery points at which the PFT system connects to local non-PTF
transmission or to distribution substations. The exhibits DO NOT include the following
losses:

• over the non-PTF transmission substations and lines to distribution
substations;

• in the distribution substations,

• from the distribution substations to the line transformers on the primary
feeders and laterals,’45

• from the line transformers over the secondary lines and services to the
customer meter,146

• from the customer meter to the end use.

145 In some cases, this may involve multiple stages of transformers and distribution, as (for example) power

is transformed from 115kV transmission to 34kV primary distribution and then to 14 kV primary
distribution and then to 4 kV primary distribution, to which the line transformer is connected.

146 Some customers receive their power from the utility at primary voltage. Since virtually all electricity is

used at secondary voltages, these customers generally have line transformers on the customer side of
the meter and secondary distribution within the customer facility.
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The exhibit below provides a simplified illustration of the many types of losses on
transmission and distribution systems.

Exhibit D-1. Delivery System Structure and Losses

ISO Primary-to-
Step-up Delivery Utility Secondary

Generator Transformer Point Substations Transformer

/ I
ISO administered Utility-administered Primary
PTF transmission transmission or lines d,st

sub-transmission
.— —., ‘—

Transmission

_____ ~~1~ _____

Losses included in Losses to be added by
AESC avoided costs program administrator

In most cases, DSM program administrators measure demand savings from DSM
programs at the end use. The program administrator should estimate the losses from
delivery points to the end uses. If the energy delivered to the utility at the PTF is a, losses
are b, and the delivered power is c,

a losses as a fraction of deliveries to the utility are b ÷ a,

• losses as a fraction of deliveries to customers are b ÷ c.

Hence, each kilowatt or kilowatt-hour saved at the end use saves 1 + b/a. The program
administrator should estimate that ratio and multiply the end-use savings or benefits by
that loss ratio. Loss ratios will be generally higher for higher-load periods than lower-
load periods, since losses in wires (both within transformers and in lines) vary with the
square of the load, for a given voltage and conductor type.

If the change in load does not change the capacity of the transmission and distribution
system, the losses should be computed as marginal losses, which are roughly twice the
percentage as average line losses for the same load level.’47 Energy savings and/or
growth do not generally result in changing the wire sizes. Hence, for energy avoided
costs, losses are estimated on a marginal basis, so a, b, and c above are increments or
derivatives, rather than total load values.

If the change in load results in a proportional change in transmission and distribution
capacity, losses should be computed as the average losses for that load level. If the
program administrator treats all load-carrying parts of the transmission and distribution as

147 In this sense, “line losses” does not include the no-load losses that result from eddy currents in the cores

of transformers. These are often called “iron” losses (since transformer cores were historically made of
iron), in contrast to the load-related “copper” losses of the lines and transformer windings.

Distribution
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avoidable and varying with peak load, then only average losses should be applied to
avoided capacity costs.

ii. Avoided Transmission and Distribution Costs

The avoided costs developed in this project do not include any avoided transmission and
distribution (T&D) costs. Each program administrator should add avoided T&D costs, in
$/kW of reduced summer and/or winter peak demand, as appropriate for the specific
service territories.148 In southern New England, the vast majority of distribution
equipment peaks in the summer, so allocating all avoided T&D costs to the summer
would be reasonable. In northern New England, especially where areas have significant
electric heating load, much of the T&D costs will be driven by winter peaks.

The following is a description of a process that could be used to estimate the percent of
transmission and distribution capital expenditures that are avoidable.

-Thestandard-appraacirtcrestiimttiiig marginal pm avidab±e~&D~custis~toestimatethe~
following for some period of time (typically a decade):

avoidable capital investment
+ related O& M and overheath 149

load growth

Historical analyses generally use load and plant-additions data from the FERC Form I
filed annually by each investor-owned utility. For comparability, the additions in each
year must be restated to current dollars, such as with the Handy-Whitman indices for the
various accounts.150

Some utilities have estimated marginal or avoidable T&D investments from projections
of investments over the next five or ten years. If those projections are comprehensive,
they can be used in much the same manner as the historical data.15’

Some T&D additions are required regardless of load growth, while other expenditures are
required just to replace retirements of existing plant. The T&D cost data should be
adjusted to remove (1) replacements of retired plant and (2) customer-related distribution
costs.152

~ Avoided transmission costs and avoided distribution costs are usually calculated separately, but may be

combined in the evaluation of efficiency measures.
“~ This Task did not include estimation of avoidable T&D O&M expenses. These are generally estimated

in $/kW-year terms, or as a percentage of plant in service, for the O&M accounts for load-related
equipment.

150 Ideally, the analysis would recognize that some load is served by the utility at transmission or primary-

distribution voltages, and that those customers provide transformers and internal secondary distribution,
which is also an avoidable cost.

151 The system load data may require adjustments for customers served at transmission voltage, migration

of wholesale customers to wheeling service, and changes in geographical service territory.
152 The categories used in T&D budgeting do not always fit cleanly into categories useful for determining

avoidable costs. For example, a “reliability project” may consist of replacing aging cable that has been
causing outages (a replacement), addition of protective systems that were omitted when the substation
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iii. Replacements

Since the actual replacement is likely to have greater capacity than the original
installation (to accommodate the load growth that has occurred the preceding years), the
cost of replacement equipment will tend to overstate the portion of investment costs
attributable to unavoidable retirements. In the estimate of the replacement cost (the
original cost inflated to current dollars), the incremental cost of any equipment upgrades
is correctly treated as a load-related cost.153

The inflated retirement cost should be based on the average age, not the useful life, of the
plant. If all plant survived to the end of its useful life, 30 to 40 years for T&D, the
replacement-to-original cost ratio would be large, and the net load-related additions (net
of retirements) would be small. But, the average age of retired plant is much lower than
the useful life.’54 Retirements in any year reflect a mixture of vintages and most of the
equipment in the system is relatively new. Further, the younger equipment is a higher
percentage of the dollars retired than it is of the number of items retired, since the
younger installations were built in inflated dollars.

iv. Customer-Related Distribution Costs

Some investments, such as meters, are required primarily to serve new customers,
regardless of demand levels. A portion of distribution poles, lines and line transformers
are also necessary to reach new customers, especially in rural areas.

The T&D investments are rarely classified in a manner consistent with determining
whether they are avoidable through load reductions. For example, a reliability problem
may arise due to higher loads, and some of the investment added to serve “new business”
may be avoidable by reducing the load of the new customer and its neighbors. As an
approximation, two adjustments can be made to the net distribution additions (net of
retirements):

Omit expenditures on meters, services, installations and leased property on
customer premises, and street lighting and signal systems, even though a
portion of service costs are load-related (especially where services are being
upgraded to carry higher amperage).

or feeder was originally built (a deferred cost of earlier growth), or looping feeders to reduce outage
rates (which may be driven by rising loads on the feeders or by changing attitudes towards outages).
The first example is not avoidable, the second example is a measure of future upgrades that may be
needed for today’s load-related projects, and the third may be load related or not, depending on the
justification for improving reliability on this part of the distribution system. The identification of
avoidable investments in T&D planning documents requires thoughtful review, and the process will
vary among utilities, due to differences in the planning documents and system conditions.

153 Some replacements may actually be load-related. For example, some equipment may wear out

prematurely because of overloading, or retired prematurely in order to replace it with larger capacity
equipment.

154 The depreciation study will be useful in determining the average age of retired plant.
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• Reduce expenditures in all distribution accounts except substations by a
percentage determined to be customer-related.

The “minimum system” method is frequently used to estimate the portion of plant that is
not avoidable. It attempts to estimate the cost of the distribution system as if each unit of
equipment were the minimum-sized unit that would ever be used. The demand-related
portion of the investment is the increment over the cost of the minimum-sized equipment.
To maintain consistency in the computation of avoidable cost per kilowatt, the loads
served by that minimum-sized equipment should be removed along with the cost of that
equipment.

It is likely that multiplying the cost of the minimum-sized equipment times the number of
units overstates the customer-related distribution investment, since demand affects the
number of transformers and the feet of conductor and conduit, as well as the size of the
transformers and lines.

v. Avoidable Percent of T&D Capital

The percent of T&D capital expenditures that is avoidable would be the value estimated
from the adjustment above for replacements and customer-related plant, divided by the
gross expenditures. This percentage is not really needed once the adjusted investments
have been estimated. An avoidable percentage estimated from one data set (e.g.,
historical FERC data) should not be applied to a different data set (e.g., current utility
forecasts), unless the two data sets can be determined to be equally comprehensive.
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EXHIBIT E-1 Notes

Appendix E - Avoided Electric Costs (Revised 8/31107)

Pages E-1 through E-32 present avoided costs in Year 2007$. Pages E-33 through E-63 present avoided costs in Nominal$

General Notes

Losses
All costs include losses on the ISO-administered transmission system, to the PTF delivery nodes.
DSM savings at the meter should be increased to include avoided losses from ISO delivery points to the meter, including losses on the distribution and any
transmission below the ISO level.

All constant dollar avoided costs are in Year 2007 Dollars
All present values are in Year 2007 Dollars

Energy periods are:
Peak Monday through Friday 6am - 10pm, excluding ISO holidays
Off-peak All other hours
Summer June through September
Winter October through May

Capacity
Avoided capacity cost is per kW of load coincident with ISO-NE annual peak
Avoided capacity cost includes only the ISO FCM market. Avoided transmission and distribution costs should be added by the program administrator.
Avoided capacity cost is also included in $IkVVh of summer peak energy, for the convenience of some program administrators.
Avoided capacity costs can be included in $/kW-yr or s/kWh, but not both.
FCM revenue is for the convenience of the program administrator, in estimating offsets to its budget. This values should not be included as an avoided cost.
FCM revenue periods

Summer April through November
Winter December through March

-All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am - 10pm; Off-Peak Hours are: All other hours.
-Summer includes June through September; Winter is all other months. E1
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EXHIBIT iputs - Cs
Constant Dollar Worksheet Inputs

Summer Peak GWh
Sep-06
Aug-06
Jul-06

Jun-06
Total Summer

Peak 2Aug06 HE1400
Summer Peak Load Factor

CT ME NH MA non-NE MA
1,215 410 470 348 164 1,008 585 625 __________________

1,742 525 610 469 278 1,374 842 881 _________________

1,559 451 578 417 241 1,267 772 769_I __________________

1,530 500 538 389 241 1,217 686 803_1 __________________

6,046 1,886 2,197 1,623 924 4,867 2,885 3,078 I 10,830 5,963

Please note: CT subzones estimated as (CT peak If) * (subzone summer lf)/(CT summer If), summer Ifs from ISO SMD_monthly.xls

2007
2008
2009
2010
2011
2012
2013
2014
2015
2016
2017
2018
2019
2020
2021
2022

Winter Winter Off- Summer Summer
Peak Peak Peak Off-Peak

Energy Energy Energy Energy
tons/MWh 0.611 0.601 0.681 0.66
$/ton externality $/kWh externality

60.00 0.037 0.036 0.041 0.04
60.00 0.037 0.036 0.041 0.04
57.79 0.035 0.035 0.039 0.03
57.63 0.035 0.035 0.039 0.03
57.47 0.035 0.034 0.039 0.03
50.54 0.031 0.030 0.034 0.03
48.44 0.030 0.029 0.033 0.03
46.34 0.028 0.028 0.032 0.031
44.24 0.027 0.027 0.030 0.02
42.14 0.026 0.025 0.029 0.02
40.04 0.024 0.024 0.027 0.02
37.94 0.023 0.023 0.026 0.02
35.84 0.022 0.022 0.024 0.024
33.73 0.021 0.020 0.023 0.022
32.68 0.020 0.020 0.022 0.022
31.63 0.019 0.019 0.022 0.021

Note: This version has inputs for FCM phase-in in PY 2010-11 through 2012-1 3, assuming that the
PCM price may be depressed in the first couple years due to demand-reduction bids. The phase-in
is reflected directly in the capacity revenue column. The avoided capacity cost uses the average
between 100% and the phased-in price.

Retail Adder 10%Iexcept for Vermont, PSNH
Real Discount Rate 2.22~j

Capacity Losses to ISO delivery 3.4%I

Development of Load Factors
RI VT NEMA SEMA WCMA

7,367 2,022 2,452 I 1,960 1,036 5,582 3,712 3,760 13,054 7,472
60.3% 68.6% 65.9%[60.9% 65.6% 64.1% 57.2% 60.2% 61.0% 58.7%

-All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am - 10pm; Off-Peak Hours are: .~

-Summer includes June through September; Winter is all other months.
II other hours.
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EXHIBIT E-1 CT-Cs

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTEz All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday Sam - 10pm; Off-Peak Hours are: All other hours

Summer for energy values includes June through September; Winter is all other months
All Costs include losses on lhe ISO-administered Transmission System. DSM savings should include distribution and local transmission losses

Formatted for Input to DSM screening models

$lkWh $lkWh 91kWit $lkWh

~ 0.073 0.104 0.076 -

0111 0.083 0.106 0001 -

0.104 0.079 0.107 0.073 -

0.101 0.075 0.104 0.071 60.5
0.097 0.071 0.103 0.069 109.1
0096 0.072 0.106 0.070 122.1
0.093 0.066 0.100 0.065 129.6
0.094 0.066 0.099 0.066 129.6
0.092 0.066 0.100 0.865 129.6
0.093 0.068 0.102 0.067 129.6
0.097 0.070 0.106 0.069 129.6
0.095 0.070 0.104 129,6
0.094 0.068 0.104 129.6
0.096 0.071 0.108 0.869 129.6
0.086 0.071 0.110 0.069 129.6
0.100 0.072 0.113 0.071 129.6
0.101 0.073 0.115 0.072 129.6
0.103 0.074 0.117 0,073 129.6
0.104 0.075 0.118 0.074 129,6
0.106 0.076 0.120 0.075 129.6
0.107 0.077 0.122 0.076 129,6
0.109 0.078 0.123 0.078 129.6
0.110 0.079 0.125 0.079 129.6
0.112 0.080 0.127 0.090 129.6
0.114 0.082 0.129 0.081 129.6

.115 0.083 0.131 0.082 129.6

.117 0,084 0.133 0.003 129.6
0,119 0,065 0,135 0.085 129.6
0.120 0.066 0.137 0.086 129.6
0.122 0.089 0,139 0.087 129.6
0.124 0.089 0.141 0.088 129.6
0.126 0.090 0.143 0.060 129.6
0.127 0.091 0.145 0.091 129.6
0.129 0.093 0.147 0.092 129.6

0,105 0.076 0.116 0.075 114.9
0.105 0.076 0.116 0.075 120,0
0.102 0.076 0.105 0.073 56.8
0.098 0.072 0.103 0.070 91.2
0.098 0.071 0.105 0.070 102.6

Holes:
1) Capacity price converted to $/k’Mr at zonal on-peak summer load faclor.
2) Projected environmental cools represent costs that are not yet intemalized~ Sustainability Target Allowance Price (inlemalized value) + Environmental Cost

-All A’”-~ded Costs are in Year 2007 Dollars; Peak houro are: Monday through Friday 6am - 10pm; Off-Peak Hours are: All other hours.
-S~ cludes Jane through September; V/bIer is all other months.

E-3
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ELECTRIC AVOIDED COSTS

Retail Adder
Real Discount Rule

Capacity Losses: Generation In ISO Delivery
Zonal On-Peak Summer Load Factor

Units:

Period:

10%
2.2%
3.4%
60%

Wholesale Power Price, Constant Dollars

_________ ConnecticL’ DRIPE f— lnstaltatior’~ in 2008 DRIPE f’-’ Installations in 2009

Annual Annual Annual
Winter Winter Off- Summer Summer Winter Winter Off- Summer Summer Winter Winter Off- Summer SummerMarket Market
Peak Peak Peak Off-Peak Peak Peak Peak Off-Peak Market Peak Peak Peak Off-PeakCapacIty Capacity

Value Energy Energy Energy Energy Value Energy Energy Energy Energy CapacityEnergy Energy Energy Energy Value

2007
2088
2009
2810
2011
2012
2013
2614

01kW-yr $IkWh $IkWh 91kWit

2015

5 0.059

SIkWh 51kW-yr $lkWh $lkWh $lkWh $lkWh 91kW-yr

3 0.016 -

0.051 -

F~ 0.050 -

0.030 140

0.069
0.068

2016
2017
2018
2018
2020
2021
2022
2023
2024
2025
2026
2027
2028
2029
2030
2031
2032 —~

2033 —~

2034
2035
2036
2037
2038
2039
2040

Levelized
(20 08-2040)
(2009-2040)
5 years (2008-12)
10 years (2008-17)
15 years (2808-22)
PVto 2008
PV 102009

0.006 0.005 0.012 0,006
0.005 0.004 0.011 0.005
0,028 0.023 0.058 0.030
0.015 0.0/2 0.031 0.016
0.010 0.008 0.022 0.011
0.135 0,109 5.279 0.141

13.4 0.006 0.004 0.012 0.006 10.3
14.0 0.006 0.005 0.012 0.006 10.7
59.0 0.028 0.022 0.057 0.029 26.8
35.1 0.015 0.012 0.030 0.015 26.9
24.6 0.010 0.008 0.021 0.011 18.9
318.3 0.132 0.106 0.273 0.138 243.9

0.135 0.109 0.279 0.141 249.3



EXHII ~T-C$

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTE: All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am - 10pm; Off-Peak Hours are: All other hours

Summer for energy values includes June through September; Winter is all other months
All Costs include losses on the ISO-administered Transmission System. DSM savings should include distribution and local transmission losses

Formatted for input to DSM screening models

2030 0.019 0.010 0.022

2036 0.019 0.019 0.022
2037 0.019 0.019 0.022
2038 0.019 0.019 0.022

2040 0.019 0.019 0.022 0.021

0.082 0.059 0.090

0.007 0.063 0.095 0.062

0.158 0.095 0.062 0.095 0.061 114

0,087 0.064 0.100 0.063 114

0,104 0.066 114
0.106 0.067 114
0.107 0,060 114

0.070 0.111 0.070 114

0.072 0.114

Wholesale Power ~

FCM phase-in
2010-11 60%
2011.12 80%
2012-13 100%
2013-14 100%

FCM Revenue
Additional C02 Costs (not an avoided cost;

(see nuts below) do not add to avoided costs) Avoided Costs before Adders REC Costs

On-Peak Annual ICAPWinter Winter Off- Summer Summer Summer: Winter: Winter Winter Off- Summer Summer
Summer MarketPeak Peak Peak Off-Peak June, July, December, Peak Peak Peak Off-Peak All Energy
Capacity CapacityEnergy Energy Energy Energy August January vatue1 Energy Energy Energy Energy Value

Units:

Period:
2007
2008
2009
2010
2011
2912
2013 _9~
2014 C
2015

amos-
month

51Km-

month

2016

SlkWh $lkWh $lkWh $lkWh

0,037 0.036 0.041 0.040
0.037 0.036 0.041 0.040
0,035 0.035 0.039 0.039
0,035 0,035 0.039 0,039
0.035 0.034 0,039 0.039

31 0.030 0 034
30 0.029 0.033
28 0.028 0.032 1

127 0.027 0.030 C
0.026 0.025 0.029 C
0.024 0.024 0.027 C
0.023 0.023 0.026 1
0.022 0.022 0.024 1
0.021 0.020 0.023 1
0,020 0.020 0.022 1
0.019 0.019 0.022 1
0.019 0.019 0.022 C
0.019 0.019 0.022 C
0,019 0.019 0.022

2017
2018
2019
2020
2021
2522
2023
2024
2925

$lkWh $lkWlt S/kWh IlkVdti S/kWh 51kW-yr ~lkWb

________ 0,089 0,064 0.093 0,067 _________ 0.175
________ 0.098 0,073 0.094 0.071 _________ 0.222
________ 0.092 0.070 0.095 0.064 _________ 0,233

0.074 0,090 0,066 0,092 0.062 67 0.233
0.086 0.062 0.09 1
0.087 0.064 0.095

1 0.083 0.059 0.090
0.084 0,059 0.099

91kW-yr

9.3
10.4
13.5
17.9
23.1
26,2
26.2
26.2
26.2
26.2
26.2
26.2
26.2
26,2
26.2
26.2
26.2
26.2
26.2
26.2
26.2
26.2
26.2
26,2

0.084 0,061 0,092 0,060

2026 0.019 0.019
2027 0.019 0.019
2028 0.019 0.019
2029

0.159 0.096 0,063 0.094 0.063 114

2031

0.019 0.019 0.022

0.158 0.087 0,064 0.099 0.063 114

0.019 0.019 0.022 0,021

0.091 0,065 0.103 0.065 114 0.000

2035

2032 0.019 0.019 0.022 0,021 26.2
2033 0.019 0.019 0.022 0.021 26.2
2034 0.019 0.019 0.022 0.021 26.2

0.096 0.069 0.109 0.069 114

0.019 0.019 0.022 0.021

2039

_________ __________ _________ 7.0 _________ _________ _________ __________ _________ __________

_________ __________ _________ 7.9 _________ _________ _________ __________ _________ __________

_________ _________ _________ 10.2 _________ _________ _________

_________________ ________ _________ ________ 13.4 _________ ________ _________

_________________ ________ _________ 17.4 _________ ________ _________

_________________ ________ _________ 19.6 _________ ________ _________

_________________ ________ ________ 19.6 _________ ________ _________

________ ________ 19.6 _________ ________ _________

_________ _________ 19.6 _________ _________ _________ _________

_________ _________ 19.6 _________ _________ _________ _________

_________ _________ 19.6 _________ _________ _________ _________ _________ _________

_________ _________ 19.6 _________ _________ _________ _________ _________ _________

_________ _________ 19.6 _________ _________ _________ _________ _________

_________ _________ 19.6 _________ _________ _________ _________ _________

_________ _________ 19.6 _________ _________ _________

_________ _________ 19.6 _________ _________ _________

________ ________ 19.6 _________ ________ ________

_________________ ________ ________ 19.6 _________ ________ ________

_________________ ________ ________ 19.6 ________ _________ ________ ________

__________________ _________ _________ 19.6 _________ _________ _________ _________

_______________ _______ _______ 19.6 0.158 0.099 0.071 0.112 0.071 114
_________________ ________ ________ ________ 19.6 0.159 0.100 ________ _________ 0.072 114
_______________ _______ _______ 19.6 0.159 0.102 0,073 0.115 0.073 114
_______________ _______ _______ _______ _______ 19.6 0.158 0.103 0,074 0.117 0.074 114
_______________ _______ _______ _______ _______ 19.6 0.158 0.105 0.075 0.115 0.075 114
_________________ ________ ________ ________ ________ 19.6 0.158 0.106 0.076 0.121 0,076 114
_________________ ________ ________ ________ ________ 19.6 0.158 0.108 0.077 0.122 0.077 114
_________________ ________ ________ ________ 26.2 19.6 0.158 0.109 0,079 0.124 0.078 114
_________________ ________ ________ ________ 26.2 19.6 0.159 0.111 0,080 0.126 0.079 114
_______________ _______ _______ _______ 26.2 19.6 0.150 0.113 0.001 0.128 0.080 114
_______________ _______ _______ _______ 26.2 19.6 0.159 0.114 0.082 0.130 0.081 114
_________________ ________ ________ ________ ________ 26.2 19.6 0.159 0.116 0,083 0,131 0.083 114
________________ _______ ________ _______ ________ 26,2 19.6 0.150 0.117 0.084 0.133 0,084 114

Levetizea
(2008.2040) 0.024 0.024 0.027 0.026 23.9 17.9 0.137
(2009.2040) 0.024 0.023 0.026 0.025 24.5 18.4 0.140
S years (2008-12) 0.035 0.034 0.039 0.037 14.7 11.0 0.015
10 years (2008.17) 0.031 0.031 0.035 0.034 20.1 15.1 0.086
15 years (2008-22) 0,028 0.028 0.031 0.030 21.9 16.4 0.111
PV to 2008
PV to 2009

Notes:
1) Capacity price converted to SlkWtr at zonal on-peak summer load factor.
2) Projected envirnnmental costs represent costs that are not yet intemalized. Sustainability Target Allowance Price (internalized value> + Environmental Cost

-All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am - 10pm; Ott-Peak Hours are: All other bourn.
-Summer includes June through Seplember; Winter is all other months.

0.019 0.019 0.022 0.021
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EXHIBIT E-1 ME-CS

AESC Constant Dollar Avoided Cost Results by Screeninci Zone
NOTEt All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am- 10pm; Off-Peak Hours are: All other hours

Summer for energy values Includes June through September; Winter is all other months
All Costs include losses on the ISO-administered Transmission System, DSM savings should include distribution and local transmission louses

Formatted for Input to DSM screening models

0.066
0.063
0.060 60.5 —

0.001 0.067 0.007 0.065 114.9 0.004 0.003
0,091 0.067 0,098 0.065 120.0 0.003 0.003
0.006 0.065 0.084 0.061 56.8 0.025 0.021
0.084 0.063 0.004 0.060 91.2 0.012 0.010
0.084 0.662 0.066 0.060 102.6 0,008 0.007

0.120 0.099

• 0.015 0.012

140 0.041 0.034

0.006 0.003 10.4 0.005 0.004 0.008 0.003 10.3
0.005 0.002 10.7 0.005 0.004 0.008 0.003 10.7
0.040 0.017 60.4 0.025 0.020 0.039 0.017 26.8
0.020 0.008 34.2 0.013 0.011 0.021 0.009 26.8
0.013 0.006 22.8 0.009 0.008 0.014 0.006 18.9
0.191 0.081 318.3 0.118 0.097 0.187 0.080 243.9

0.120 0.099 0.191 0.081 249.3

Nules:
1) Capacity price converted to 51kV/n at zonal on-peak summer load factor.
2) Prujected envimnrnental costs represent costs that are out yet internalized. Sustainabilily Target = Allowance Price (inlemalized value) + Environmental Cost

-All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday thruugh Friday 6am- 10pm; Off-Peak Hours are: All other hours.
-So cludes June through Septernber Winter is all other months.
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Ft FCTRIC AVOtOFO COSTS

Retad Adder 10%
Real Discount Rate 2.2%

Capacity Louses: Generation to ISO Delivery 3.4%
Zonal On-Peak Summer Load Factor 69%

Wholesale Power Price, Constant Dollars

Maine DRIPS f lnstallatio In 2088 DRIPS fur lnstallatio, in 2009

Annual Annual Annual
Winter Winter Oft- Summer Summer Winter Winter Off- Summer Summer Winter Winter Off- Summer SummerMarket Market Market
Peak Peak Peak Off-Peak Peak. Peak Peak Off-Peak Peak Peak Peak Off-PeakCapacity

Energy Energy Energy Energy Capacity Energy Energy Energy EnergyValue Value Energy Energy Energy Energy CapacityValue

0.082 0.063

109.1
122.1
129.6

72 0.044

80

0.037 C

40
0.025

1.081 0.058
1.085 0.060
tOOt 0.057
1.083 0.058
1.084 0.057
1.087 0.1160
1.089 0.060
1.087 0.060
1.091 0.060
1.091 0.060
1.093 0.061
1.097 0.062
1.098 0.062
1.100 0.063
1.101 0.064
1.102 0.065
1.104 0.066
2.105 0.067
2.107 0.068
2.109 0.069

Units:

Period:
2807
2008
2009
2010
2011
2012
2013
2014
2015
2016
2017
2018
2019
2020
2621
2022
2023
2024
2025
2026
2027
2028
2029
2038
2031
2032
2033
2034
2035
2036
2037
2038
2039
2040

Levelized
(2008-2040)
(2009.2040)
5 years (2008-1 2)
jg years (2000-17)
15 years (2008-22)
PV to 2008
PV to 2009

0.020 0.040 I

$lkWh $lkWh $lkWh $lkWh 51kW-yr SlkWh SfkWht SlkWh $IkWh 51kW-yr $lkWh $lkwts $lkWh S/kWh 51kW-yr

0.082 0.061 _________ _________

0.092 0.070 _________ _________ _________ _________

0.089 0.068 _________ _________ _________ _________

0.085 0.063 _________ _________ _________ _________

0.081 0.061 _________ _________

0.003 0.062
0.070 0.058
0.082 0.059
0.081 0.059
0.083 0.060
0.085 0.062
0.082 0.062
0.083 0.060
0.084 0.061
0.005 0.063
0.087 0.064
0.088 0.065
0.090 0.066
0.001 0.067
0.092 0.066 _________

0.094 0.069 _________

0.095 0.070 _________

0.096 0.071 _________

0.098 0.072
0.099 0.073
0.101 0.074 _________

0.102 0.075 _________

0.104 0.076
0.105 0.077
0.107 0.078
0.108 0.079
0.110 0.060
0.111 0.081
0.113 0.083

2.110 0.070
0.112 0.071

- 0.113 __~

- 0.1/5 C
0.11
0.11



EXHI ~fE-C$

yvn,ne~a,u rower r r, r.,000lafll Vermin

FCM Revenue
Additional C02 Costs (not an avoided coot;

(see note below) do not arid to avoid--’ costs) Avoided Costs befo,e Adders REC Costs

On-Peak Annual ICAPWinter Winter Off- Summer Summer Summer: Wnter~ Winter Winter Off- Summer Summer
Summer MarketPeak Peak Peak Off-Peak June, July, December, Capacity Peak Peak Peak Off-Peak All Energ

CapacityEnergy Energy Energy Energy August January Value1 Energy Energy Energy Energy Value

- 2023 0,019
2024 0.019 0.019 1

17.4 0.131

$IkWh S!kWh 01kW-yr ~lkWl, 81kW-yr

0.076 0.056 0.080 D.C
0.074 0.055 0.079

9 0.075 0.054 0.082

: 19.6 0.139

0.022 0.021 26.2 19.6

0.076 0.056

-All Avoided Costs are in Year 2007 Dollars; Peak hours are; Monday through Friday 6am- 10pm; Off-Peak Hours are: All other hours.
-Summer includes June through September; hOoter is all other months.

0.097 0.062
0.099 0.063
0.100 0.064

AESC Constant Dollar Avoided Cost Results byScreening Zone
NOTE: All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am - 10pm; Off-Peak Hours are: All other hours

Summer for energy values includes June through September; Winter is all other months
All Costs include losses on the ISO-administered Transmission System. 0514 savings should include distribution and local transmission losses

Formatted for input to DSM screening models

Units:

Period:

FCk
2010-
2 011-
2012-
2013-

sha se-in
I 60%
1 80%
1 100%
1 100%

$tkWh StkWtt $tkWh $!kWh

2010 0.035

StkW
month

2011 0.035
2012 0.031
2013 0.030

01kW-
month

7.0
7.8
10.2
13.4

0.027
2014 0.028
2015
2018
2017
2018
2019
2020

0.026
0.024
0.023

$tkWli $lkWh $tkWh

0.075
0.083 I
0.080 I

0.065 0.076 I
0.117 0.073 I

________ 0.074 I
0.139 0.070

0.073
0.072

1 0

2021

0.060

0.023 0.026 0

0.139

2022 0.019 C

0.040
0.040
0.038

______________________ 0,038
______________________ 0,038
______________________ 0.033
______________________ 0.032

0,031
0.028
0.028
0.026

.025
0,024
0.022
0.022

____________________ _________ 0.021
____________________ _________ 0.021

0.021
_________ 0,021

2026 0.019 0.018 0.022 0.021
2027 0.019 0.019 0.022 0.021
2029 0.019 0.019 0.022 0.021
2029 0.019 0,019 0.022 0.021
2030 0.019 0.019 0.022 0.021
2031 0.019 0.019 0.022 0.021
2032 0.019 0.019 0.022 0.021
2033 0.019 0.019 0.022 0.021
2034 0.019 0.019 0.022 0.021
2035 0.019 0.019 0.022 0.021
2036 0.019 0.019 0.022 0.021
2037 0.019 0.019 0.022 0.021
2038 O.P19 0.019 0.022 0.021

2025

0.074

19,0

0.139
0.139
0.139
0.139
0.13
0.13~
0.13
0.139
0.139
0.139
0.139

19.6
19.6
19.6
19.6
19.6
19.6
19.6
19.6
19.6
19.6
19.6
19.6
19.6
19.6
19.6
19.6
19.6
19.6
19.6
19.6
19.6
19.6

9 0.078 _0.057 C
0.079
0.080

0.139
0.083 0.061 0.092

26.2
26.2

0.064

26.2
26.2
26,2
26.2
26.2

0.139
0.139 C
0.139 C
0.139 C
0.139 —~

0.139 C
0.139 C
0.139

0.139 0.097
0.139 0.098
0.139 0.100
0.139
0.139

19.6

0.019 0.022 0.021
Levelized
(20 09-2040)
(2009-2040)
5 years (2008-12)
10 years (2008-I 7)
15 years (2008-22)
PV to 2008
PV to 2009

19.6.
19.6

114

26.2

0.023 0.023 0.026 0.025
0,023 0.022 0.025 0.024
0.035 0.034 0.039 0.037
0.031 0.030 0.034 0.033
0.028 0.027 0.031 0.030

19.6

24.5 18.4 0.121
24.9 18.7 0.123
14.8 11.1 0.013
20.5 15.4 0.075
22.4 16.8 0.098

Notes:
1) Capacity price converted 10 Slk%Th at zonal an-peak summer load factor.
2) Projected environmental costs represent costs that are not yet intemalizec. Suslainability Target = Allowance Price (internalized value) + Environmental Cost
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EXHIBIT E-1 MA-CS

Levelizea
(2068-2040)
(2009-2040)
5 years (2008-12)
10 years (2008-17)
15 years (2008-22)
PV to 2008
PV 102009

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTEt All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday Barn -10pm; Off-Peak Hoars are: Alt other hours

Summer for energy values includes June through September. Winter Is all other months
All Cosls include losses on the ISO-adminislered Transmission System. DSM savings should include dislribuliun and local transmission losses

Formatted for input to OSM screening models

0.098 0.085

0.102 0.074 0.111
0.102 0.074 0.112
0.098 0.073 0,090
0.095 0.070 0.098
0.094 0.069 0.100

Retail Adder
Real Discount Rate

Capacity Losses: Generulisn to ISO Delivery
Zonal On-Peak Sommer Load Factor

Notes:
1) Capacity price converted to $IkVVI, at zonal on-peak summer load factor.
2> Projected environmental costs represent cools thut are not yet inlemalized. Sustainability Target Allowance Price (internalized value) * Environmental Cost

SIkWh 61kW-yr

-All Avoided Cools are in Year 2007 Dollars; Peak hours are: Monday through Friday earn - 10pm; Ott-Peak Hours are: All other hours.
-Sw ‘cludes Jove throogh September; i/doter is all other months,

E-7
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~i tttflifluUfliflCfl COSTS

Units:

Period:

10%
2,2%
3.4%
61%

Wholesale Power Price, Constant Dollars

All of_Massachusetts DRIPE hr lnstallatic-r~ in 2008 DRIPE for Installations lv 2099

Annual Annual Annual
Winter WinterOff- Summer Summer Winter WinterOff- Summer Summer Winter WinterOff- Summer SummerMarket Market Market
Peak Peak Peak Off-Peak Peak Peak Peak Off-Peak Peak Peak Peak Off-PeakCapacity CapacityCapacity Energy Energy Energy Energy Value Energy Energy Energy Energy Value

Energy Energy Energy Energy Value

2097
2000
2009
2010
2011
2012
2013
2014
2015
2016
2017
2018
2019
2020
2021
2022
2023
2024

0,094
0.094

0.099
0.102

0.068

0.100
0.102

140

0.103

2025
2026
2027
2028

$lkWh $lkWlr $lkWh SlkWh 61kW-yr $tkWli $lkWh $IkWh $lkWh 61kW-yr 51kWI, $tkWh $lkWh

0.094 0.069 0.095 0.072 - ________ ________ ________ ________ ________ _________ ________ ________

0,105 0,078 0,097 0.074 ________ 0,016 0.013 0.020 0.012
0.098 0.075 0.097 0,070 - 0,046 0.037 0.003 0.034 - 0.016 0.013 0.029
‘1.097 0.072 0.090 0.067 60,5 0.043 0.035 0.078 0.031 72 0.046 0.037 0.083
1.093 0,060 0.097 0.065 109.1 0.026 0.021 0.047 0.019
1.094 0.070 0.090 0.068 122.1 ________ ________ ________

1.089 0.065 ________ 0.064 129.6
1.091 0.065 ________ 0.065 129.6
1.090 0,065 _________ _________ 129,6
1.052 0,066 ________ ________ 129,6
1.094 0,068 ________ 0.067 129.6
1.092 0.068 _________ 0.066 129.6
1.092 0.066 ________ 0.067 129.6
1.093 0.068 ________ 0.067 129.6
1,094 0.060 0,108 0.068 129.6
1.097 0.070 0.109 0.068 129.6
1.098 0,071 0.111 0.070 129.6
1,100 0.072 0.113 0.071 129.6
1.101 0,073 - 0,114 129.6
1.103 0.074
1.104 0,075
1.106 0.076
1.107 0.077
1,109 0.078
1,110 0,079
1,112 0,080
1.114 0,081
1.115 0.083
1.117 0.084
1,119 0,085
1.120 0.086
1.122 C
1,124
1.126 C

128.6
0.072
0.073
0,074 129,6
0.075 129.6
0.077 129.6
0.078 129.6
0.079 129.6
0.080 129.6
0.001 129.6
0.082 129.6
0.083 129.6
0.085 128.6
0.086 128.6
0.087 129.6
0.088 129.6
0.090 129.6

0.073 114.9 0.005 0,004 0.010 0.004 13.4 0,005 0.004 0,009 0.004 10.3
0,070 120.0 0,005 0.004 0.009 0.004 14.0 0.005 0.004 0.010 0,004 10.7
0.069 56,8 0.026 0,021 0.048 0.019 59,0 0,026 0.021 0.047 0.019 26.8
0.068 91.2 0.014 0.011 0.025 0.010 35.1 0.014 0.011 0,025 0.010 26.9
0.068 102.6 0,010 0.008 0.010 0.007 24.6 0,010 0,008 0.017 0.007 18.9

0,127 0,102 0.229 0.093 318.3 0,124 0,100 0.224 0.091 243.9
0.127 0,102 0.229 0.093 249.3



EXIt II ~iA-C$

10,2 0.073 0.067
13.4 0.131 0.063 0.060 C

19.6
26.2 19.6 0.156

0.083 0.062

19.6 0.156 0.088 1
26.2 19.6 0.156 0.089

19.6 0.156 0.091 I
26.2 19.6 0.156

0.019 0.019 0.022 0.021 26.2

0.019 0.019 0.022

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTEi All Avoided Costs are in Year 2007 Dollars; Peek hours are: Monday through Friday Sam-I 8pm; Off-Peak Hours are: Alt other hours

Summer for energy values includes June through September; Winter is all other months
All Cusls include losses on the ISO-administered Transmission System. DSM savings should include distribution and local transmission losses

Formatted for input to DSM screening models

Units:

Period:

FCIJ
2010-
2011-
2012-
2013W

SIkWh

rhase-in
I 60%

80%
I 100%

10011,

2807

nYllolenale ruwer r I 0, t.onstanl Ijouars

FCM Revenue
Additional CO2 Costs (not an avoided cost;

(see note below) do not add to avoided costs) Avoided Costs before Adders REC Costs

On-Peak Annual ICAPWinter WinterOff- Summer Summer Summer: Wintett Winter WinterOff- Summer Summer
Summer MarketPeak Peak Peak Off-Peak June, July, December, Capacity Peak Peak . Peak Off-Peak All Energ

CapacityEnergy Energy Energy Energy August January Value1 Energy Energy Energy Energy Value

norm- norm
mnntli mnnth $IkWh $tkWh$IkWh $ikWh SIkWh

0.036 0.041 0.040
0.036 0.041 0.040
0.035 0.039 0.038
0.035 0.039 0.038
0.034 0.039 0.038
0.030 0.034 0.033
0.029 0.033 0.032
0.028 0.032 0.031

_________ .030 0.029
0.029 0.028

0.028

2808
2009
2010
2011
2012
2013
2014
2015
2816
2817
2018
2019
2020
2021
2022
2023
2024
2025
2026

0.084
_________ 0.094

7.8 0.008 —

0.061

0.027 __~

0.025

$lkWh S/kWh $tkWh 51kW_yr ~lkWb 91kW-yr

0.150
0.156
0.156

67 0.167
________ 114 0.181
_______ 114 0.169

________ 114 0.191
________ 114 0.187

114 0.176

0.079 0.057 0.004 0.0

26.2 19.6
26.2 19.6
26.2

0.084 0.0

26.2

0.156

2027 0.019 0.019 0.022 0.021 26.2
0.019 0.019

26.2

14 0.155

0.022

0.127

19.6

0.022

2028
2029
2030
2031
2032
2033
2034
2035
2036
2037
2038
2039
2040

Levelized
(2008 -2040)
(2009-2040)
5 years (2008-12)
10 years (2008-17)
15 years (2008-22)
PVto 2008
PV to 2009

19,6 _l

_________ _________ _________ 0.021
_________ _________ _________ 0.021

0.019 0.019 ________

0.019 0.019 0.022 0.021
0.019 0.019 0.022 0.021
0.019 0.019 0.022 0.021
0.019 0.019 0.022 0.021
0.019 0.019 0.022 0.021
0.019 0.019 0.022 0.021
0.019 0.019 0.022 0.021
0.010 0.019 0.022 0.021
0.019 0.019 0.022 0.021
0.019 0.019 0.022 0.021

0.024 0.024 0.027 0.026
0.024 0.023 0.026 0.025
0.035 0.034 0.039 0.037
0.031 0.031 0,035 0.034
0.028 0.028 0.031 0.030

0.088 0.057
0.008 0.060
0.091 0.060

_________ 0.090 0.061
_________ 0.092 0.060
_________ _________ 0.094 0.061
_________ _________ 0.098 0.062

_________ _________ _________ _________ 0.099 0.063
________ _________ ________ ________ 0.101 0.064
________ _________ 0.102 0.065
________ _________ ________ 0.104 0.066
________ 0.156 0.093 0.067 0.105 0,067
________ 0.156 0.095 0.068 0.107 0.068

26.2 19.6 0.156 0.096 0.069 0.108 0.089
26.2 19.6 0.156 0.098 0.070 0.110 0.070
26.2 19.6 0.156 0.099 0.071 0.112 0.071
26.2 19.6 0.156 0.100 0.072 0.113 0.072
26.2 ________ 1,156 0.102 0.073 0.115 0.073
26.2 19.6 0.156 0.103 0.074 0.116 0.074
26.2 19.6 0.156 0.105 0.075 0,118 0.075
26.2 19.6 0.156 0.106 0.076 0.120 0.076
26.2 19.6 0.156 0.108 0.077 0.122 0.077
26.2 19.6 0.156 _________

26.2 19.6 0.156
26.2 19.6 0.156
26.2 19.6 0.156

23.9 17.9 0.136
24.5 18.4 0.139
14.7 11.0 0.015
20.1 15.1 0.085
21.9 16.4 0.110

114
114
114
114
114
114
114
114

0.125 0.076
0.123 0.078 114

114

Notes:
1> Capacity price converted to S/kiWi at zunal on-peak summer load factor.
2> Projected environmental costs represent costs that are not yet internalized. Susluioability Target = Allowance Price (internalized value) * Environmental Cost

-All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am - 10pm; 010-Peak Hours are: All other hours,
-Summer includes June through September; I/doter is all other months.
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EXHIBIT E-1 NH-Cs

Levelized
(2008-2040)
(2009-2040)
5 years (2008-12>
10 years (2008-1 7>
15 years (2008-22>
PV to 2008
PV to 2889

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTEr All Avoided Costs are In Year 2007 Dollars; Peak hours are: Monday through Friday 6cm-i 8pm; Off-Peak Hours are: All other hours

Summer for energy values includes June through September; Winter is all other months
All Cosls include losses on the ISO-administered Transmission System. DSM savings should include distribution and local lransmission losses

Formatted for input to DSM screening models

0.097 0.072 0.104
0.057 0.071 0,105
0.092 0.070 0.090
0.090 0.067 0.091
0.090 0.067 0.093

S/kWh S/kW-yr $lkWh SlkWh $tkWh

non-PSNH (reduce for PSNH)
Retail Adder 10%

Real Discount Rate 2.2%
Capacity Losses: Generation to ISO Delivery 3.4%

Zonal On-Peak Sommer Load Factor 66%

Notes:
1) Capacity price converted to SIkWtr at zonat on-peak summer load rector.
2) Projected envimnmenlal costs represent Costs that are not yet internalized, Suslainability Target Allowance Price (internalized value) + Environmental Cost

-Alt Avoided Costs are in Year 2007 Dollars: Peak hours are: Monday through Friday 6arrt- 10pm: Off-Peak Hours are: All other hours.
_S: ~cludes June through September; Winter is all other months.

E-9
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Fr r.rtsrc

$lkWh StkWh

..ti~Ir.Ic MviJIuu ,, . -
Wholesale Power Price, Constant Dollars

DRIPE for Installations In 2008 DRIPE f ~ lnstatlatioi~’ in 2009

Annual Annual Annual
Winter Winter Off- Summer Summer Winter Winter Off- Summer Summer Winter Winter Off- Summer SummerMarket Market Market
Peak Peak Peak Off-Peak Peak. Peak Peak Off-Peak Peak Peak Peak Off-PeakCapacity Capacity Energy Energy Energy Energy CapacityEnergy Energy Energy Energy Value Energy Energy Energy Energy Value Value

Units:

Period:
2087
2008
2009
2018
2011
2012
2013
2014
2015
2016
2817
2018
2019
2020
2021
2022
2023

109.1
122.1
129.6
129.6
129.6
129.6
129.6
129.6

S/kWh

0.090
0.092
0.090
0.090
0.088
0.093
0.088
0.090
0.09 1
0.093
0.097
0.094
0.097
0.090
0.100
0.103
0.105
0.106
0.108
0.110
0.111
0.113
0.114
0.116
0.118
0.119

S/kWh $tkW-yr S/kWn 9/kWh S/kWh S/kWh 91kW-yr

i~ 0.014 0.028 0.014
0.042 0.037 0.076 0.034
0.039 0.034 0.069 0.030
11.024 0.020 0.042 0.018

0.089 0.066
0.099 0.075
0.093 0.072
0.092 0.060
0.000 0.066
0.089 0.067
0.085 0.062
0.088 0.063
0.066 0.063
0.088 0.064
0.091 0.067
0.089 0.066
0.088 0.064
0.089 0.066
0.090 0.067
0.092 0.068
0.094 0.069
0.095 0.070
0.096 0.071
0.098 0.072
0.099 0.073
0.100 0.074
0.102 0.075
0.103 0.076
0.105 0.077
0.106 0.078
0.108 0.080
0.110 0.081
0.111 0.082
0.113 0.083

2024
2025

0.065
129.8

2026

0.085

2027

0.066

2028

0.067

129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6

2029
2030
2031
2032
2033
2034
2035
2036
2037
2038
2039
2040

129.6

0.114
0.116

129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.8
129.6
129.6

0.068
0.069
0.070
0.071
0.072
0.073
0.074
0.075
J.076
0.076
0.079
0.000
0.08 1
0.082
0.083
0.085 _________

0,086

0.070 114.9 0.004 0.003 0.007 0.003 10.4 0.005 0.004 0.009 0.004 10.3
0.070 120.0 0.003 0.003 0.006 0.003 10.7 0.005 0.004 0.009 0.004 10.7
0.065 56.8 0.024 0.021 0.043 0.019 60.4 0.024 0.021 0.042 0.019 26.8
0.064 91.2 0.012 0.011 0.022 0.010 34.2 0.013 0.011 0.022 0,010 26.9
0.065 102.6 0.008 0.007 0.014 0.006 22.8 0.009 0.000 0.016 0.007 18.9

0.116 0.102 0.208 0.093 318.3 0.114 0.099 0.203 0.091 243.9
0.116 0.102 0.208 0.093 249.3



EXHI NH-CS

2025 0019
2026 0019
2027 0.019
2020 0.019
2029 0.019

0.035 0.039

0.034 0.033
~ 0.033 0.032
5 0.032 0.031
F 0.030 0.029

26.2 19.6

0.001 0.060

0.085 0.066

0.144 0.089

0.144 0.091
0.144 0.093 0.065 0.1
0.144 0.094 0.069 0.1

19.6 0.144 0.095 0.070 0.107 -

: 26.2 19.6 0,144 0.097
19.6 0.144 0.098 C
19.6 0.144 0.100
19.6 0.144 0.101
19.6 0.144 0.103

0.058 114
0.058 114
0.059 114

0.122 0.078 114

Notes:
I) Capacity price converted to $IkWo at zonal on-peak summer load factor.
2) Projected environmental costs represent costs that are not yet internalized. Sustainability Target Allowance Price (internalized value) + Environmental Coot

-All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am - 10pm; Off-Peak Hours are: All other hours.
-Summer includes June through September; WinIer is all uther months.

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTEr Alt Avoided Costs are in Year 2557 Dollars; Peak hours are: Monday through Friday 6am - 10pm; Off-Peak Hours are: All other hours

Summer for energy values includes June through September; Winter is all other months
All Costs include looses no the ISO-administered Transmission System. DSM savings should include distribution and local transmission losses

Formatted for input to DSM screening models

Dollars

FCM
2010-1
201 1-1
201 2-1
20 13-1

phase-in
1 60%

50%
3 100%
4 100%

$IkWh

FCM Revenue
Additional C02 Costs (not an avoIded cost;

(see note below) do not add to avoided costs) Avoided Costs before Adders RECCosI

On-Peak Annual CAPWinter Winter Off- Summer Summer Summer: Winter~ Winter Winter Off- Summer Summer
Summer MarketPeak Peak Peak Off-Peak June, July, Dacember, Capacity Peak Peak Peak Off-Peak All Energ

CapacityEnergy Energy Energy Energy August January Value’ Energy Energy Energy Energy Value

91kW-SIkWh IlkWIl month

0.036 0.041
0.036 0.041
0.035 0.03g

Units:

Period:
2587
2006
2509
2010
2011
2012
2513
2014
2015
2016
2017
2018
2019
2025
2021
2022
2023
2024

SIkWh IlkWhi $tkWh

0.034 0.039 0.038

$lkWh

037 _________

.037 _________

035 _________

.035 _________

035
.031

0.030
0.028
0.027
0.026
0.024
0.023
0.022
0.021
0.020
0.019
0.0 19
0.019

0.019

0.090

81kw-
montfl

7.0
7.8
10.2
13,4
17.4
19.6
19.6
19.6
19.6
19.6
19.6
19.6

$IkWh StkWh

0.0
0.00.068

91kW-yr flklNb 91kW-yr

26.2

0.062

26.2

0.060

26.2

0.083 _________
- 0.059 I

- 0.079 C
0.081

26.2

0.053 _C

26.2

0.056
0.055

19.6 C

0.144 __)

26.2
26.2
26.2
26.2
26.2
26.2
26.2
26.2
26.2
26.2
26.2

19.6 C
19.6
19.6
19.6
19.6
19.6

0.144 I

2030
2031
2032
2033
2534
2035
2036
2537
2538

0.144

0.066
0.036
0.000

0.087 0.065

0.144 0.080

0.019 0.019
0.019 0.019
0.019 0.019
0.019 0.015
0.019 0.019
0.018 0.018
0.018 0.019
0.019 0.019
0.019 0.019
0.019 0.0t9
0.018 0.019

2039
2040

_________ 26.2
_________ 26.2
_________ 26.2
_________ 26,2
_________ 26.2
_________ 26.2
_________ 26.2

25.2

0.023 0.023 0.026 0.025 24.5
0.023 0.022 0.025 0.024 24.9
0.035 0.034 0.039 0.037 14.8
0.031 0,030 0.034 0.033 20.5
0.028 0.027 0.031 0.030 22.4

L.evelized
(2008-2040)
(2009-2040)
5 years (2880-1 2)
10 years (2508-17)
15 years (2508-22)
PV to 2006
PV to 2009

0.10419.6 0.144
19.6 0.144
19.6 0.144
19.6 0.144

18.4 0.126
18.7 0.128
11.1 0.014
15.4 0.078
16.8 0.102

0.077 0.117 0.075
0.078 0.118 0.076
0.078 0.120 0.077 114

E-1 0
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EXHIBIT E-1 RI-CS

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTEt All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am - 10pm; Off-Peak Hours are: All other hours

Summer for energy values includes June through September; Winter Is all other months
All Costs include losses on the ISO-adrninislered Transmission System. DSM savings should include disiribulion and local lransmissisn losses

Formatted for input to DSM screening models

ELECTRIC AVOIDED COSTS

Relail Adder 10%
Real Discounl Rate 2.2%

Capacily Losses: Generalion to ISO Delivery 3.4%
Zonal On-Peak Summer Load Factor 61%

Levellzed
(2006-2040)
(2009-2040)
5 years (2006-12)
10 years (2000-17)
15 years (2000-22)
PV to 2006
PV to 2009

0.101 0.073 0.109
0.101 0.073 0.110
0.096 0.072 0.096
0.093 0.068 0.096
0.093 0.068 0.098

61kW-yr $IkINlr $IkWti SIkWh $lkWh 01kW-yr

_________ .015
___________ .043
_________ 0.040

129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6
128.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6
129,6
129.6

0.072 114.9 0.005
0.072 120.0 0.005
0.067 56.8 0.025
0.065 91.2 0.013
0.066 102.6 0.009

0.118

2.089
2.09 1

Notes:
1) Capacity price converted to S/k\Nit at zonal on.peak summer toad factor.
2) Projected envimnmental costs represent costs that are not yet inlemalized. Sustainability Target = Allowance Price (internalized value) + Environmental Cast

-All A~’,ided Casts are iv Year 2007 Dollars; Peak hours are: Monday through Friday 6am - 10pm; 06-Peak Hours are: All other hours.
-Si -clades June through Septemben i/ulster is all nlher months.

E-11

R /31/07

Units:

Period:
2087
200E

_________ Rhode Island DRIPE f”~ Installations in 2008 DRIPE fur Installatic n’ in 2009

Annual Annual Annual
Winter Winter Ott- Summer Summer Winter Winter Off- Summer Summer Winter Winter Off- Summer SummerMarket Market Market
Peak Peak Peak Ott-Peak Peak Peak Peak Off-Peak Peak Peak Peak Off-PeakCapacity Capacity

Value Energy Energy Energy Energy Value Energy Energy Energy Energy CapacityEnergy Energy Energy Energy Value

2009
2010
2011

— C
— C

60.5

61kWit $lkWh

0.067 0.093
0.077 0.096
0.074 0.097
0.071 0.097
0.067 0.005
0.069 0.095
0.064 0.092
0.064 0.092
0.064 0.096
0,066 0.098
0.068 0.101
0.067 0.099
0.066 0.101
0.060 0.102
0.069 0.106
0.069 0.108
0.070 0.109
0.071 0,111

0,113
0.114

0.025

S/kWit 61kWit 61kWit $IkWh 51kW-yr

109.1
122.1
129.6
129.6
129.6
129.6
129.6
129.6

$IkWh

0,092
0.105
0,096
0.096
0.092
0.093
0.087
0.090
0.089
0.090
0.093
0.092
0.092
0.092
0,093
0.098
0.099
0.100
0.102
0.103
0.105
0.106
0.108
0.109
0.I11
0.113
0.114
0.116
0.118
0.119

SIkWh

0,070
0.072
0.067
0.065
0.063
0,065
0.063
0.063
0.062
0.066
0.066
0.067
0.067
0.068
0.067
0.070
0.07 1
0.072
0.073
0.074
0.075
0.076
0.077
0.078
0.060
0.00 1

0.015 0.012 0.024
0.043 0.035 0.070
0.040 0.033 0.066

2012
2013
2014
2015
2016
2017
2018
2019
2020
2021
2022
2923
2024
2025
2026
2027
2028
2029
2030
2031
2032
2033
2034
2035
2036
2037
2038

0,025

0.116
0.118
0.119

0.072
0.073
0.074
0.075
0.076
0.077
0.079
0.090
0.081
0.082
0.083
0.084

0.12 1
0.123
0.125
0.126
0.128

72 _________ _________ _________

140 _________ _________ _________

90 ________ 0.020 0.040 0.018 140
____—~

_________ _________ _________ _________ 40

0.004 0.008 0.904 13.4 0.005 0.004 0.008 0.004 10.3
0.004 0.007 0.003 14.0 0.005 0.004 0.009 0.004 10.7
0.020 0.040 0.018 59.0 0.024 0.020 0.040 0.010 26.8
0.011 0.021 0.010 35.1 0.013 0,010 0.021 0.009 26.9
0.007 0.015 0.007 24.6 0.009 0.007 0.015 0.007 18.8
0.095 0.194 0.097 318.3 0.115 0.093 0.189 0.085 243.9

0.118 0.095 0.194 0.087 249.3



EXHI RI-Cs

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTEt All Avoided Costs are In Year 2007 Dollars; Peak hours are: Monday through Friday 6am - 10pm; Off-Peak Hours are: All other hours

Summer for energy values includes June through September; Winter is all other months
All Costs include losses on Ihe ISO-administered Transmission System. DSM savings should include distribution and local transmission losses

Formatted for input to DSM screening models

2022 0.016 0.019

2024 0.019 0.019 0.022
2025 0.019 0.019 0.022
2026 0.019 0.019 0.022
2027 0.019 0.019 0.022
2028 0.019 0.019 0.022
2029 0.019 0.019 0.022
2030 0.019 0.019 0022
2031 0.019 0.019 0.022
2032 0.019 0.019 0.022
2033 0.019 0.019 0,022
2934 0.019 0.019 0.022

2036 0.019 0.019 0.022 0.021
2037 0.019 0.019 0.022 0.021
2038 0.019 0.019 0.022 0.021
2039 0.019 0.019 0.022 0.021
2040 0.019 0.019 0.022 0.021

Notes:

26.2 19.6 0.1

0.063 0.096 0,061

1) Capacity price converted to 91kV/n at canal on-peak summer load factor.
2) Projected environmental costs represent costs that ore not yet intemalized Sustaioability Target = Allowance Price (internalized value) + Environmental Cost

FCM phase-in
2010-11 60%
2011-12 80%
2012-13 100%
2013-It 100°h

eellrnesare ruwerrl 10, Constant Dollars

FCM Revenue
Additional C02 Costs (nolan avoided cost;

(see no1’~ below) do not add to avctded costs) Avolderl costs befcT Adders REC Costs

On-Peak Annual ICAPWinter Winter Off- Summer Summer Summer: Winter: Winter Winter Off- Summer Summer
Summer MarketPeak Peak Peak Off-Peak June, July, December, Capacity Peak Peak Peak Off-Peak All Energ

CapacityEnergy Energy Energy Energy August January Value1 Energy Energy Energy Energy Value

91kW-
month

91KW-

month
Units:

Period:
2007
2008
2009
2010
2011
2012
2013
2014
2015
2016
2817
2010
2019
2020
2021

7.09.3
10.4
13.5
17.9
23.1

7.8

$lkWh SIkW1i $IkWh $IkWh

0,037 0.036 0,041
0.037 0.036 0.041
0.035 0.035 0.039
0.035 0.035 0.039
0.035 0.034 0.039
0.031 0.030 0.034
0.030 0,029 0.033
0.028 0.028 0.032
0.027 0.027 0.030
0,026 0.025 0.029
0.024 0.024 0.027
0,023 0.023 0,026
0.022 0.022 0.024
0.021 0.020 0.023
0.020 0.020 0.022

__________ 0.022
0.022

10.2 0.073
13.4 0,13
17.4 0.14

~fkWh $lkW-yr

19.6 0.1

2023

19.6 0.1

$IkWh 51kV/n $IkWh SlkWh $IkWh 91kW-yr

0,083 0.061 0.084 0.063
0,095 0,069 0.087 0.065
0.087 0,066 0.086 0.060
0.080 0.084 0.007 0.058
0.082 0.060 0.085 0.056
0,083 0.061 0.065 0.058
0.078 0.057 0.082 0.056
0.081 0.057 0.083 0,056
0.079 0.057 0.086 0.055
0.081 0.059 0.087 0.058
0.064 0,061 0,090 0.059

_________ 0,083 0.060 0.088 0,060
_________ 0,083 0.060 0,091 0.060

0.083 0.862 0,093 0.061

19.6 0.1

0.0 19

19.6 0.1

0.0 19

19.6 0,156
0.156

0.050
0.067 40.5
0.078 45.2

67 0.083 19.0
114 0.106
114 0.122
114 0.131
114 0.135
114 0.141
114 0,134
114 0.116
114 0,088
114 0.049
114 0.000
114 0.000
114 0,000
114
114
1140.021

0.02 1
0,02 1
0.02 1
0.02 1
0.02 1
0.021

2035

9 0,063 0.098 0.064
0.064 0.099 0.064
0.085 0.101 0,065

5 0.065 0.102 0.066
4 0.066 0.104 0.067

26.2
26.2
26.2
26.2
26.2 _________

26.2 __________

26.2 19.6 0.156
26.2 19.6 0.156
26.2 19.6 0.156
26.2 19.6 0.156
26.2 19.6 0.156
26.2 19.6 0.156
26.2 19.6 0.156
26.2 19.6 0.156
26.2 19.6 0.156
26.2 19.6 0.156
26.2 196 0.156
26.2 19.6 0.156
26.2 19.6 0.156
26.2 19.6 0.156
26.2 19.6 0.956
26.2 19.6 0.156
26.2 19.6 0.158
26.2 19.6 0.156
26.2 19.6 0.156
26.2 19.6 0.156
26.2 19.6 0.156

23.9 17.9 0.136
24.5 18.4 0.139
14.7 11.0 0.015
20.1 15.1 0.085
21.9 16.4 0.110

0.019 0.019 0.022 0,021

Levetized
(2008-2040)
(20 09-2040)
5 years (2008-1 2)
10 years (2008-1 7)
15 years (2000-22)
PV to 2008
PV to 2tt9

0.024 0.024 0.027 0.026
0,024 0.023 0.026 0.025
0.035 0.034 0.039 0.037
0.031 0,031 0.035 0.034
0.028 0.028 0.031 0.030

114

-Alt Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am — 10pm; Off-Peak Hours are: All other hours.
-Summer includes June through September; WinIer is all other months.
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EXHIBIT E-1 VT-CS

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTEt All Avoided Costs are In Year 2007 Dollars; Peak hours are: Monday through Friday 6am -10pm; Off-Peak Hours are: All other hours

Summer for energy values Includes June through September; Winter is all other months
All Costs include losses on the ISO-administered Transmission System. DSM~ savings should include distribution and local transmission losses

Formatted for input to DSM screening models

ELECTRIC AVOIDED COSTS

PSB risk adder
Retail Adder 11%

Real Discount Rate 2.2%
Capacity Losses: Generation to ISO Delivery 3.4%

Zonal On-Peak Summer Load Factor 66%

vvIIuIe~djcruwc,rII~~

Vermont DRIPE t lnstallatioi~ In 2000 DRIPE fir tnstallatin,~ in 2009

Annual Annual Annual
Winter Winter Off- Summer Summer Winter Winter Off- Summer Summer Winter Winter Off- Summer SummerMarket Market Market
Peak Peak Peak Off-Peak Peak Peak Peak Off-Peak Peak Peak Peak Off-Peak

Capacity Capacity Energy Energy Energy Energy Capacity
Energy Energy Energy Energy Value Energy Energy Energy Energy Value Value

0.070 130.9
0.060 130.9
0,070 130.90.10 1

0.102 0.069
0.104 0.069

$lkWh

0,104 0.075 0.111 0.074 116.1 0.004 0,003 0.006 0,002 10.4 0.005 0.004 0.000 0.003 10.3
0.104 0.075 0.112 0.074 121.2 0.003 0.003 0.006 0.002 10.7 0.005 0.004 0.009 0.003 10.7
0.099 0.074 0.099 0.070 57.4 0.024 0.019 0.041 0,016 60.4 0.024 0.019 0.040 0,016 26.8
0.096 0.071 0.099 0.069 92.1 0.012 0.010 0.020 0.009 34.2 0.012 0.010 0.021 0.008 26.9
0.099 0.070 0.101 0.069 103.7 0.000 0.006 0.014 0.005 22.9 0.009 0.007 0.015 0.006 18.9

0.116 0.092 0.196 0.078 318.3 0.113 0.090 0.192 0.077 243.9
0.116 0.092 0.196 0.070 249.3

Notes:
1) Capacity price converted to S/k’.Mr at zonal on-peak summer load factor.
2) Projected environmental casts represent costs that are not yet intemalized. Sustainabilily Target = Allowance Price (internalized value) + Environmental Cost

-All AS~__ied Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am- 10pm; Off-Peak Hours are: All other boom.
-Sc ‘ludeo June through September; lAinter is all other months.

Units:

Period:
2007
2000

$lkWh SlkWh SlkWh SlkWh

2009
2010
2011
2012

61kW-yr SlkWh $IkWh

61.1
110.2
123,3
130.
130.9

i 0.012
1 0.034

0.031

2013
2014
2015
2016
2017
2018
2519
2020
2021
2022
2023
2024
2025
2026
2027
2028

130.9

0.100

61kW-yr $tkWh SIkWh $lkWh $lkvdh 61kW-yr

140
90

2029
2039
2031

130.9

2032

40

130.9

2033

130.9
130.9
130.9
130.9
130.9
130.9
130.9
130.92934

2035
2036
2037
2539
2039
2040

Levelized
(2008-2040>
(2059-2040)
5 years (2009-12)
10 years (2009-17)
15 years (2008-22)
PV to 2008
PV to 2009

130,9
130.9
130.9

I C
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EXHI VT-Cs

Levenzed
(2008-2040)
(2009 -2040)
5 years (2008-1 2)
10 years (2008-17)
15 years (2008-22)
PV to 2008
PV to 2009

0.023 0.023 0.026 0.025
0.023 0.022 0.025 0.024
0.035 0.034 0.039 0.037
0.031 0.030 0.034 0.033
0.028 0.027 0.031 0.030

10.2
13.4

— 19.6 0.147
19.6 0.147
19.6 0.147
19.6

24.5 18.4 0.128
24.9 18.7 0.130
14.8 11.1 0.014
20.5 15.4 0.079
22.4 16.8 0.103

Notes:
1) Capacity price converted to $lkWn at zonal on-peak summer load factor.
2) Projected environmental costs represent costs that are not yet internalized. Sustainability Target = Allowance Price (internalized value) + Environmental Cost

-All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am - 10pm; 0ff-Peak Hours are: All other hours.
-Summer includes June through September: VEnter is all Other months.

E-1 4

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTE: Att Avoided Costs are in Year 2997 Dottars; Peak hours are: Monday through Friday 6am - 10pm; Off-Peak Hours are: AU other hours

Summer for energy values inctudes June through SeptembeC Winter is all other months
All Costs include losses on the ISO-administered Traosmissinn System. DSM savings should include distribution and local transmission losses

Formatted for Input to DSM screening models

Wholesale Power Price. Constant Dotlars

Units:

Period,

FCM
2 01 0-1
2011- 1
20 12-1
20 13-1

thase-in
60%
80%

100%
100%

FCM Revenue
Addltionat CO2 Costs (not an avoided cost;

(see note betow) do not add to avoided costs) Avoided Costs before Adders REC Costs

On-Peak Annuat

Att Eneri CAP
Winter Winter Off- Summer Summer Summer: Winter: Winter Winter Off- Summer Summer

Summer MarketPeak Peak Peak Off-Peak June, July, December Capacity Peak Peak Peak Off-Peak
CapacityEnergy Energy Energy Energy August January Valuet Energy Energy Energy Energy Value

month

9.3

$lkWh $tkWti $lkWh $lkWh

0.037 0.036 0.041 —

0.037 0.036 0.041 —

0.035 0.035 0.039
0.035 0.035 0.039
0.035 0.034 0.039
0,031 0.030 0.034 —

0.030 0.029 0.033 —

0.028 0.028 0,032
0.027 0.027 0,030
0.026 0.025 0.029 —

0.024 0.024 0.027 —

0.023 0.023 0.026 —

0.022 0.022 0.024 —

0.021 0.020 0.023 —

0.020 0.020 0.022
0.019 0.019 0.022
0.019 0.019 0.022 —

0.019 0.019 0.022
0.019 0.019 0.022

2997
2098
2909
2019
2011
2012
2013
2014
2015
2016
2017
2018
2019
2020
2021
2622
2023
2024
2025
2026
2027
2028
2929
2030
2031

17.4

$lkWh 91kW-yr ~lkWh 91kW-yr

0.111 40.5

0.147 0.086

23.1
26.2
26.2
26.2
26.2
26.2
26.2
26.2
26.2
26.2
26.2
26.2
26.2
26.2
26.2
26.2
26.2
26.2

19.6

0.019 0.019 0.022

19.6 0.147 0.C
19.6

0.019 0.019 0.022 0.021
0.019 0,022 0.021 :
0.019 0.022 0.021

0.019 0.019 0.022 0.021

$!kWh SibWit $tkWh SlkWh

________ 0.086 0.063 0.087 0.065 0.062 ________

________ 0.094 0.071 0.080 0.067 : ________

________ 0.088 0.068 0.089 0.062 ________ 0.140 45.2
0.068 0,088 0.065 0.087 0.061 67 ________

0.123 0,083 0.061 0.096 0.058 114 ________

_________ 0.138 — 0.084 0.062 0.087 0.060 114 ________
- 0.080 0.057 0.006 0.058 114 ________

_________ - 0.082 0.058 0.096 0.058 114 ________
— 0.081 0.058 0.087 0.058 114 ________

0.147 0.082 0.060 0.089 0.061 114 ________

________ _________ 0.062 0.091 0.061 114 ________
0.147 0.084 0.061 0.090 0.062 114 ________

0.147 0.083 0.059 0.091 0.062 114 ________

_________ 0.147 0,085 0.062 0.094 0.062 114 ________

_________ _________ 86 0.062 0.097 0.062 114 _________
0.147 0.090 0.063 0.098 0.064 114 ________

0.l47 0.091 0.004 0.100 0.064 114 ________

0.147 0.093 0.065 0.101 0.065 114 ________

0.147 0.094 0,066 0.103 0.066 114 ________

0.147 0.095 0.067 0.104 0,067 114 ________

0.147 0,096 0.068 0.105 0.068 114 ________

0.147 0.098 0.069 0.107 0.069 114 ________

0.147 0.099 0,070 0.109 0.070 114
0.147 0.101 0.071 0.110 0,071 114
0.147 0.102 0.072 0.112 0.072 114
0.147 0.104 0.073 0.113 0.073 114
0.147 0.105 0.074 0.115 0.074 114
0.147 0.107 0.075 0.117 0,076 114
0.147 0.108 0.077 0.118 0.077 114
0.147 0.110 0.078 0.120 0.078 114
0.147 0.111 0.079 0.122 0.079 114
0.147 0.113 0.080 0.124 0.080 114 _______

0.147 _________ _________ _________ _________ _________ _________

0,147 0.116 0.082 0.127 0.082 114

0.019 0.022 0.021 26,2

2035

0.152 19.0
0.159
0.172
0.180
0.176
0.176
0.14 1
0.106
0.07 1
0.035
0.000
0.000
0.000

2032 0.019 0.019 0.022 0.021 26.2
2033 0.019 0.019 0.022 0.021 26,2
2034 0.019 0.019 0.022 0.021 26.2

2037

26.2

2038

2036 0.019 0.019 0.022 0.021
0.019 0.019 0.022 0.021

19.6

2039
2040

0.019 0.019 0.022 0.021

26.2

0.114 0.081 0.l25 0.081 114
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EXHIBIT E-1 NEMA-C$

Levelized
(2008-2040)
(2009-2040)
5 years (2008-12)
10 years (2008-17)
15 years (2000-22)
PV to 2008
PVto 2009

0.096 0.072
0.098 0.075
0.099 0.071
0.099 0.060
0.098 0.066
0.100 0.070
0.096 0,065
0.096 0.065
0.100 0.065
0.101 0.069
0.103 0.067
0.102 0.069
0.103 0.067
0.104 0,067

Retail Adder
Real Discount Rate

Capacity Losses: Generation to ISO Delivery
Zonal On-Peak Summer Load Factor

10%
2.2%
3.4%
64%

Notes:
1) Capacity price converted to SIkWn at zuval on-peak summer load factor.
2) Projected environmental costs represent costs that are nut yet intemalized. Sustainability Target = Allowance Price (internalized value) + Environmental Cost

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTE! All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday Sam -10pm; Off-Peak Hours are: Alt other hours

Summer for energy values includes June through September; Winter is all other months
All Costs include lusseu on the ISO-administered Transmission System. DSM savings shnuld include distribution und local transmission losses

Formatted for input to DSM screening models

FT Fr.TPIfl AUfltflFfl r.ns’rg

Units:

Period:
2007

Wholesale Power Price, Constant Dollars

North ~st_Massacli’jsetts DRIPS for lnstallatio~ in 2008 DRIPE for lnstallatio~-~ irs 2009

Annual Annual Annual
Winter Winter Otf- Summer Summer Winter Winter Off- Summer Summer Winter Winter Off- Summer SummerMarket Market Market
Peak Peak Peak Off-Peak Peak Peak Peak Off-Peak Peak Peak Peak Off-Peak

Energy Energy Energy Energy CapacityValue Energy Energy Energy Energy Capacity Energy Energy Energy Energy Capacity~ Value Value

2008 0.105 0.078
2509 0.099

SlkWh $IkWn $lkWh $lkWh $IkW-yr $lkWb $IkWh $lkWh

2011
2018 0.098

0.094
______________ 0.095
______________ 0.089
______________ 0.092
______________ 0.090
______________ 0,093
_____________ 0.095
______________ 0.093
______________ 0.093
______________ 0,094
______________ 0.095
______________ 0.098

0.099

2012
2013
2014
2015
2016
2017
2018
2019
2020
2021
2022
2023 _________

2024 _________

2025 0.102

0.013

$lkWh 51kW-yr $lkWh $lkWb $lkWli $lkWh 51kW-yr

0.084 0.037
0.035 _( - --

0.021 1

0.069 0.109
0.070 0.111
0.071 0.112

0.101 0.072

2026 0.104

129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6

2027 0.105
2028 0.107
2029 0.108
2030 0.110
2031 0.111
2032 0.113
2033 0.115
2034 0.1l6
2035 0.I18
2036 0.120
2037 0.122

0.068
0,069
0.070
0.071
0.072
0.073
0.074
0.075
0.077
0.078
0.079
0,080
0.08 1
0.082
o,08y
0.08i
0.086
0,087
0.088
0.090

129.6
129.6

_________ 0.073 1 _________

_________ 0.074 1 _________
0.075 C _________

0.076 C _________

0.077 C _________

0.070 C _________

0.080 C ________

0.081 C
0.082 C
0.083 C _________

0.084 C _________

0.086 C
0.087 1
0.008 1
0.089 1
0.091 1

0.103 0.074 0.112 0.073 114.9
0.103 0.074 0,113 0,073 120.0
0.098 0.073 0.099 0.070 56.8
0.095 0.070 0.09g 0.068 91.2
0.095 0.069 0.101 0.068 102.6

129.6 _________

129.6 _________

129.6
129.6
129.6
129.6
129.6

0.004 0.003 0.007 0.003 10.4 0,005 0.004 0,009 0,004 10.3
0.903 0.003 0.007 0.003 10.7 0.005 0.004 0.010 0.004 10.7
0.025 0.022 0.048 0.021 60.4 0.025 0.021 0.047 0.020 26.8
0.012 0.011 0.024 0,010 34.2 0.013 0.011 0.025 0.011 26.9
0.008 0.007 0.016 0.007 22.8 0.009 0.008 0,017 0.008 18,9
0.121 0.104 0.230 0.100 318.3 0.118 0.102 0.225 0.098 243.9

0.121 0.104 0,230 0.100 249.3

-All Avoided Costs are iv Year 2007 Dollars; Peak hours are: Monday lhruugh Friday 6am - 10pm; Oft-Peak Hours are: All niher hours.
-Su cludes June through September Gluier is all other months.

E-1 5
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EXHIB EMA-C$

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTE: All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am 10pm; Off-Peak Hours are: All other hours

Summer for energy values includes June through September; Winter is all other months
All Costs include louses on the ISO-administered Transmission System. DSM savings should include distribution and local transmission losses

Formatted for input to DSM screening models

0.037 0.036

51kw-
0/kWh SlkWh month

0.035 0.039

0.030 0.034 0.033

0.028 0.032

0.025 0.029

0.023 0.026

0,061 0.066

0.087 0.059 114

0.006 0.057 114 0.191
0.065 0.058 114 0.187
0.089 0.057 114 0,176

114 0.127
114 0.092
114 0.049

114 0,000
0.020 0.023 0,022 26.2

0.022 0.021 26.2

0.022 0.021 26.2

0.022 0.021 26.2 19.6 0.14

19.6 0.148 0.100
19.6 0.148 0.101

: 19.6 0.148 0.103

0.148 0.106

0.019 0.022 0.021 26.2 19.6 0.148

0.019 0.019 0.022 0.021 26,2 19.6 0.148

Notes:
1> Capacity price converted In $lklAh at zonal un-peak summer load factor.
2) Projected envimnmental costs represent costs that are not yet internalized. Sustainability Target = Allomaoce Price (interoatzed value) + Environmental Cost

-All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am - 10pm; Off-Peak Hours are: All other hours.
-Summer includes June through September; Winter is all other months.

Constant Dollars

FCI
2010-
2 011-
2012-
201 2_

uunulesale rower r; Ca.

FCM Revenue
Additional C02 Costs (not an avoided cost;

(see note below) do not add to avoided costs) Avoided Costs before Adders REC Con

On-Peak Annual

erJy ICAP

Winter WinterOff- Summer Summer Summer: Winter: Winter WinterOff- Summer Summer
Summer MarketPeak Peak Peak Off-Peak June, July, December, Capacity Peak Peak Peak Off-Peak

CapacityEnergy Energy Energy Energy August Junuary Value: Energy Energy Energy Energy Value

phase-in
1 60%
2 80%
3 100%
4 100%

S/kWh S/kWh

0.037 0.036

0.035 0.035 0.039

0.034 0.039 0.038

S/kwh 5/kWh S/kwh

2 0.029 0.033

0.027 0.027 0.030

0.032

0.069 0.088

0.024 0.027 C

S/kWh 51kW-yr

0.064
0.066

67
0.008 0.063

1 0.088 0.060

51kW- S/kWh
month

7.0
7.8
10.2
13.4
17.4
19.6
19.6
19.6
19.6
19.6
19.6
19.6.
19.6
19.6
19.6
19.6
19.6
19.6

0.022 0.024 0.024

0.080 0.062

~lkWh 51kW-yr

0.150
0.156
0.156
0.167
0.181
0.189

0.020 0.022 0.022

26.2

Units:

Period:
2007
2008
2009
2010
2011
2012
2013
2014
2015
2016
2017
201g
2019
2020
2021
2022
2023
2024
2025
2026
2027
2028
2029
2030
2031
2032
2033
2034
2035
2036
2037
2038
2039
2040

Levelized
(2000-2040)
(20 09-2040)
5 years (2006-12)
10 years (2000-17)
15 years (2008-22)
PV to 2000
PV to 2009

114

26.2

0.022 0.02 1 26.2

0.022 0,021

0.090 0.061
0.092 0.060
0.092 0.062
0.004 0.061
0.005 0.061

114

0.019 0.022 0.021

26.2

0.155

26.2 19.6

0.148 0.093 0.C

114

0.14
19.6 0.14

0.000

19.6

0.000

0.148 0.098

26.2 19.6
26.2 19.6
26.2 19.6
26.2 19.6

0.019 0.022 0.021 26.2 19.6

0.148 0.104

0,019 0.019 0.022 0.021 26.2

114
l14
114
114
114
114
114
114
114
114
114
114
114
1140.148 0.107 0.077 0.121 0.076

19.6

0.023 0.023 0.026 0.025 24.5
0.023 0.022 0.025 0.024 24.9
0.035 0.034 0.039 0.037 14.8
0.031 0.030 0.034 0.033 20.5
0.028 0.027 0.031 0.030 22.4

0.149 C

0.148 0.110 0.079 0.125 0.078
0,148 0.l09 0.078 0.123 0.077 114

114

10.4 0.129
10.7 0.132
11.1 0.014
15.4 0.081
16.8 0.105

E-1 6
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EXHIBIT 5-1 SEMA-C$

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTEt All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am - 10pm; Off-Peak Hours are: All other hours

Summer for energy values includes June through September; Winter is att other months
All Cools include losses on the ISO-administered Transmission System. DSM savings should include distribution and local transmission losses

Formatted for input to OSM screening models

°LECTRIC AVOIDED COSTS

Retail Adder 10%
Real Discount Rate 22%

Capacity Losses: Generation to ISO Delivery 3.4%
Zonal On-Peak Summer Load Factor 57%

Wholesale Power P”

Souti rot Massa~ lsetts DRIPE for lnstallatlov’ in 2008 DRIPE for InstallatioTi in 2009

Annual Annual Annual
Winter Winter Off- Summer Summer Winter Winter Off- Summer Summer Winter Winter Off- Summer SummerMarket Market Market
Peak Peak Peak Off-Peak Peak Peak Peak Off-Peak Peak Peak Peak Off-PeakCapacityCapacity Energy Energy Energy Energy Value Energy Energy Energy Energy Capacity

Energy Energy Energy Energy Value Value

$tkWh $lkWh $lkWh

0.105 0.078

SIbINtl 51kW-yr SlkWh

0.004 0.070
0.096 0.072

0.097 0.074 0.096 0,067
0.098 0.071
0,091 0.067
0.092 0.069
0.087 0.064
0,090 0.064
0.069 0.064
0.090 0.066

2017 0.093 :

0,097

0.113

0.077 0.122

0.111 0.079

2038 0.121 0.086
2039 0.123 0.087
2040 0.125 0.089

0.066

SlkWh $JkWh $tkWh 61kW-yr SlkWh SlkWh $IkWh SlkWh 91kW-yr

0.013
3,037
3.034
3.021 140

90

0.101 0.073 0.110 0,072 114.9 0.006 0,005 0,010 0.004 13.4 0.006 0.005 0.010 0.004 10.3
0.100 0.072 0.110 0,071 120.0 0.006 0.004 0,009 0.004 14.0 0.006 0.005 0.011 0.004 10,7
0.096 0,072 0,096 0.067 56.8 0.030 0.023 0.052 0.021 59.0 0.029 0.023 0.050 0.020 26.8
0.093 0.069 0,096 0.066 91.2 0.016 0.012 0.027 0.011 35.1 0.015 0.012 0.027 0,011 26.9
0,093 0.068 0,098 0.066 102,6 0,011 0.009 0.019 0.008 24,6 0,011 0.006 0.019 0,008 18,9

0.143 0,112 0.247 0.100 318.3 0.140 0.109 0.241 0,098 243.9
0.143 0,112 0,247 0,100 249.3

Notes:
I) Capacity price converted to S/kWh at zonal on-peak summer load factor.
2) Projected environmental costs represeul costs that are not yet intemalized. Suslainability Target = Allowance Price (internalized value) + Environmental Cost

-All A’”’ided Costs are in Year 2007 Dollars: Peak hours are: Monday through Friday 6am - 10pm; Off-Peak Hours are: All other hours.
-W cludes June through September; Winter is all other months.

E-1 7

Units:

Period:
2007
2008
2089
2010
2011
2012
2013
2014
2015
2016

0.063
0.066
0,063
0.064
0.063
0.065
0.066
0,066
0.065
0,066
0.067
0,069
0,070
0,071
0.072

2018
2019
2020
2021
2822
2023
2024
2025
2026
2027
2028
2029
2030
2031
2032
2033
2034
2035

0.09 1
0.090
0.09 1
0.093
0.096
0.058
0,099
0,10 1
0.102
0.104
0.105
0,107
0.108
0.110

0.115
0.116

0.076
0,110

40

0.120

0.078

0.113

0.123

2036
2037

0.000
0.081
0,082
0.084
0,0850.120

Levetized
(2008-2040)
(2009-2040)
5 years (2008-12)
10 years (2008-17)
15 years (2000-22)
PV 102009
PV to 2009

R~ .131/07



EXHIBI :MA-C$

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTE: All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am - 10pm; 01f4’eak Hours are: All other hours

Summer for energy values includes June through September; Winter is all other months
All Costs include losses on the SO-administered Transmission System. DSM savings should include distribution and local transmission losses

Formatted for input to OSM screening models

0.06 1 0.084

0.019 0.022

0.022 0.021 26.2 19.6 :

0.082 0.060
0.082 0.059
0.083 0,061

0.022 0.021 26.2 19.6 0.167 0.109

0.022 0.021 26.2 19,6 0.167
0.019 0.019 0.022 0.021 26.2 19,6

0.024 0,024 0.027 0.026 23.9 17.9 0.145
0.024 0.023 0.026 0.025 24.5 18.4 0.148
0.035 0.034 0.039 0.037 14.7 11.0 0.016
0.031 0.031 0.035 0.034 20.1 15.1 0.090
0.028 0.028 0.031 0.030 21.9 16,4 0,117

0,062 0.099 0.062
0.063 0.100 0,063
0.064 0.101 0.064

Notes:
1) Capacity price converted 10 S/kiM~ at zonul un-peak summer load factor.
2> Projected envimomeotal costs represent costs that are not yet intemulize0. Sustainability Target = Allowance Price (internalized value) + Environmental Cost

phase-in
1 60%
2 80%
3 100%
4 100%

-Alt Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday lhruugh Friday 6am - 10pm; Off-Peak Hours are: Alt other hours.
-Summer includes June through Seplember Winter is all other months.

El 8

FC
2010.
2011.
2012
2013.

Wholesale Power Price, Constant Dollars
FCM Revenue

Additional C02 Costs (not an avoided Cost;
(see note below) do not a Id to avoid costs) Avoided Costs before Adders RECCos

On-Peak Annual CAPWinter Winter Off- Summer Summer Summer: Winter: Winter Winter Off- Summer Summer
Summer MarketPeak Peak Peak Off-Peak June, July, December, Capacity Peak Peak Peak Off-Peak All Ener ~

CapacityEnergy Energy Energy Energy August January Value1 Energy Energy Energy Energy Value

$tkWhUnits:

Period:
2007
2008
2009
2010
2011
2012
2013
2014

0.04 1 0.040

91kWI, SIkWh

0.037
0.037
0,035
0.035
0.035
0.03 1
0.030
0.028
0.027
0.026

0.040

2015
2016
2017 0.024
2016 0.023
2019 0.022

SIkWIi $lkWh S!kWh 91kW-yr ~lkWb 91kW-yr

2020

SlkWh S1kWh

0.083
0.094
0.087

0.078 0.086
0.140 0.081
0.157 0.082
0.167 0.077

0.080

L_ 0,080
7 0.083

2021
2022
2023

0.167

$lkWh 51kW-
_________ month

__________ 9.3
0,038 10.4

- 0.038 13.5
- 0.038 17,9

0.033 23.1
0.032 26.2

- 0.031 26.2
- 0.029 26.2

0.028 26.2
0.026 26.2

- 0.025 26.2
0.024 26.2

_________ 0.022 26.2
_________ - 0.022 26.2
_________ 0,02 1 26.2

- 0.021 26.2
_________ 0.021 26.2
_________ 0.021 26.2
_________ 0.021 26.2
_________ 0.021 26.2
_________ 0.021 26.2
_________ - 0.021 26.2
_________ 0.021 26.2
_________ 0.02 1 26.2
_________ _________ 0.021 26.2
_________ _________ 0.021 26.2

3 0.019 0.022 0.021 26.2

2024

0.167

2025

0.079

0.069 0.000 0.064
0.066 0.006 0.060 —

0.063 0.086 0.850 67
0.059
0.06 1
0.056
0.056
0.057
0.058
0.060

0.167

51kW-
month

7.0
7.0
10.2
13.4
17.4
19.6
19.6
19.6
19.6
19.6
19.6
19.6
19.6
19.6
19.6
19.6
19.6
19.6
19.6
19.6
19.6
19.6
19.6
19.6
19.6
19.6
19.6

0.181

2026
2627
2028
2029
2030

0,189

0.021 0.020
0.020 0.020
0.019 0.019
0.010 0.019
0.019 0.019
0.019 0.019
0.0I9 0.019
0.019 0.019
0.019 0.019
0.019 0.019
0.019 0.019
0.019 0.019
0.019 0.019 0.022

2031

0.167 0.084 0.061 0.097 0.061

2032
2033
2034
2035
2036
2037
2030
2039
2040

7 0.093
0.167 0.094

0.022 0.021 26.2

70

7 0.091 0.065 0.103 0.065 114
— 0.066 0.104 0.066 114
- - 0.067 0.106 0.067 114
7 0.096 0.068 0.107 0.068 114
7 0.097 0.069 0.109 0.069 114
7 0.098 0.0 _________ 0.070 114
7 0.100 0.0 0.071 114
7 0.101 I
7 0.103 I
7 0.104
7 0.106

0.167 0.107 I

0.111
71 0.112

19.6

0.022 0.021 26.2 19.6

Levelized
(2008-2040)
(2009-2040)
5 years >2000-1 2)
10 years (2008-1 7)
15 years (2008-22)
PV to 2006
PV to 2009

0.167 0.110 I

0.167

Revised 8131107



EXHIBIT E-1 WCMA-CS

Period:

$lkWh 9/kWh 91kW-yr $tkWh 51kW/i 91kW/i 9/kWh

Retail Adder
Real Discount Role

Capacity Losses: Generation to ISO Delivery
Zonal On-Peak Summer Load Factor

10%
2.2%
3.4%
60%

91kW-yr S/kWh S/kWh 9/kWh S/kWh 91kW-yr

- 0.045 C

0.094

0.099 0.009 129.0
0.101 0.069 129.6

0.139
0.140

0.068 129.6
0.067 129.6
0.068 129.6
0.068 129.6

0.074 114.9 0.005 0.004 0.009 0.003 13.4 0.005 0.004 0.009 0.003 10.3
0.073 120.0 0.005 0.004 0.009 0.003 14.0 0.005 0.004 0.009 0.003 10.7
0.070 56.8 0.026 0.020 0.044 0.016 59.0 0.025 0.019 0.043 0.016 26.9
0.069 91.2 0.013 0.010 0.023 0.009 35.1 0.013 0.010 0.023 0.008 26.9
0.069 102.6 0.009 0.007 0.016 0.006 24.6 0.009 0.007 0.016 0.006 18.9

0.122 0.093 0.209 0.078 318.3 0.120 0.091 0.204 0.076 243.9
0.122 0,093 0.209 0.078 249.3

Notes:
1) Capacity price converted to S/kWh at zonal on-peak summer toad factor.
2> Projected environmental costs represent costs that are not yet intemalized. Sustainabitity Target = Allowance Price (internalized value) + Environmental Cost

-All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday threogh Friday 6am,- 10pm; Off-Peak Hours are: All other hours.
-Si’ ~cludes June through September; Winter is all other months.

E-1 9

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTE: All Avoided Costs are In Year 2007 Dollars; Peak hears are: Monday through Friday Barn - 10pm; Off-Peak Hours are: Alt other hears

Summer for energy vataes includes Jane throagh September; Winter is alt other months
All Costs include losses on the ISO-administered Transmission System. DSM savings should include distribution and local transmission losses

Formatted for input to DSM screening models

ELECTRIC AVOIDED COSTS

Units: S/kWh $lkWti

West-Central_Mossrhuseffs ORIPE for Installations In 2898 DRIPE for tnstatlatio’ In 2009

Annual Annual Annual
Winter Winter Off- Summer Summer Winter Winter Off- Semmer Summer Winter Winter Off- Summer SummerMarket Market Market
Peak Peak Peak Off-Peak Peak Peak Peak Off-Peak Peak Peak Peak Off-PeakCapacity Capacity Energy Energy Energy Energy Capacity

Energy Energy Energy Energy Value Energy Energy Energy Energy Value Value

0.066

0.094
0,009
0.065

0.090

2025
2026

0 0.066
2 0.067
4 0.069
( 0.068
1 0.066
3 0.069
3 0.069
r 0.070
O 0.071
9 0.072

0.101 0.073
0.102 0.074
0.103 0.075
0.105 0.076
0.106 0.078
0.108 0.079 ________

0.110 0.080 _________

0.111 0.001 ________

0.113 0.082 ________

0.114 0.083 ________

0.116 0.085 ________

0.118 0.086 ________

0.119 0.087 _________

0.121 0.088
0.123 0.090
0.125 0.091

0.101 0.074 0.110
0.101 0.074 0.111
0.098 0.074 0.097
0.095 0.071 0.097
0.094 0.070 0.099

0.122
0.123
0.125

2027
2028
2029
2030
2031
2032
2033
2034
2035
2036
2937
2030
2039
2040

Levetized
(2008-2040)
(2009-2048)
5 years (2008-12)
10 years (2000-1 7)
15 years (2008-22)
PV to 2008
PV to 2009

0,078
0.079
0.001
0.082
0.083
0.084
0.085
0.087
0.008

0.127
0.129
0.131
0.133
0.134
0.139

R J31107



EXHIBI 2MA-C$

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTEi All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am - 10pm; Off-Peak Hours are: All other hours

Summer for energy values includes Juno through September; Winter is all other months
All Costs include losses on the ISO-administered Transmission System. DSM savings should include distribution and local transmission losses

Formatted for input to OSM screening models

0.019 0.019 0.022 0.021

0.019 0.022 0.021

0.022 0.021 :
0.022 0.021 :

0.021 26.2 —

0.021 26,2 —

0.021 26.2

0.010 0.022 0.021 —

0.019 0.022 0.021 :

0,082 0.060

0,082 0.061 0.089

0.085 0.062 0,093 -

Notes:
1) Capacity price converted to S/kiMr at zonal on-peak summer load factor,
2) Projected environmental Costs represent costs that are out yet internalized. Suslainability Target = Allowance Price (internalized value> + Environmental Cost

114
114
114

FCM base-in
2010-1~ 60%
2011-12 00%
2012-I3 100%
2013-14 100%

Units:

Period:
2007

osnuresale rower ri e,

FCM Revenue
Additional C02 Cost, (not an avoided cost;

(see note below) do not add to avoid-I costs) Avoided Costs before Adders RECCostn

On-Peak Annual CAPWinter Winter Off- Summer Summer Summer: Winter: Winter Winter Off- Summer Summer
Summer MarketPeak Peak Peak Off-Peak June, July, December Capacity Peak Peak Peak Off-Peak All Enorg

CapacityEnergy Energy Energy Energy August January Valuer Energy Energy Energy Energy Value

$IkWh $lkWh SlkWh S/kWh

2008 0.037
2009 0,035
2010 0.035
SOil

5/kW-
month

5/kW-
month

0,035
0.03 1

0.034
0.030 0.c
0.029 s.c
0.028 0.c

0.026
0.027

S/kwh

0-c
0.025 D.C
0.024

0/kWh SlkWli 5/kWh S/kWh

0.085 0.062
0.095 0,071

— 0.087 0.068
0.087 0.064
0.083 0.062
0,083 0.063

— 0.079 0.058
— 0.082 0,058
— 0.080 0,058

s.c
0.023 0.c
0.022

S/kW-yr

0-c
0.020 s.c
0.020 D.C

0.021
0.020
0.019 0.019
0.019 0.019
0,019 0.019
0.019 0.019
0,0l9 0.019

0.084

0.022
0,022

— 0,022 1
0.022
0.022 0.021

0.062 0.091

2012
2013
2014
2015
2016
2017
2018
2019
2020
2021
2022
2023
2024
2025
2826
2027
2028
2029
2030
2031
2032
2033
2n34
2035
2036
2037
2038
2039
2040

Lovelized
(2088-2040)
(20 09-2040)
5 years (2000-1 2)
10 years (2008-17)
15 years (2008-22)
PV to 2008
PV to 2009

0.082 0.060 0.091

0.019 0.019 0.022

51kW-yr ~lkWh

_________ 0.150
_________ 0.156
_________ 0.156

67 0.167
114 0.181
114 0.189
114 0.191
114 0.187
114 0.176
114 0.155
114 0.127
114 0.092
114 0.049
114 0.000
114 0.000
114 0.000
114
114
114
114
114
114
114

0.021

I 0.019 0,022 0.021

7.0
7.8
10.2 -

13.4
17.4
19.6
I9.6 -

19.6 -

19.6
19.6 -

19.6 -

19.6 -

19.6
19.6 -

19.6 -

19.6
19,6
19.6
19.6 -

19.6
19.6 -

19.6
19.6 -

l9.6 -

19.6 -

19.6
________ 19.6 -

_________ 19.6
_________ 19.6
_________ 19.6

26.2 19,6
26.2 19.6 -

26.2 19.6 -

23.9 17.9 0.138
24.5 18.4 0.140
14.7 11.0 0.015
20.1 15.1 0.086
21.9 16.4 0.111

0.060
0.062
0.062
0,083
0.064

0.085 0.062 0.097 -

0,064 0.098 -

0.065 0.100
0.066 0.101 -

0.097 0.103 -

0.067 0.104
0.068 0.106

26.2
26.2
26.2
26.2
26.2
26.2
26,2
26.2
26.2

0,022 0.021

o.oe5

0.022 0.02l

0.086
0.067

1 0.019 0.022 0,021

114

0.088
0.069

07n
.071
079
.073
074
.075
07C
.078
070
.080

0.081

0.024 0.024 0.027 0.026
0.024 0.023 0.026 0,025
0.035 0.034 0.039 0.037
0.031 0.031 0.035 0.034
0.028 0.028 0.031 0.030

114
114
114
114
114

114
0.082 114 ________

-All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday earn - 10pm: Off-Peak Hours are: Alt other hours.
-Summer includes June through Septernher’. iMnter is all other months. E-20
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EXHIBIT E-1 non-NEMA-C$

2033
2034
2035
2036

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTEt All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am -10pm; Off-Peak Hours are: All other hours

Summer for energy values includes June through September; Winter is all other months
All Costs include losses on the ISO-administered Transmission System. DSM savings should include distribution and local transmission losses

Formatted for input to DSM screening models

Wholesale Power Price, Constant Dollars

$!kWh $IkWh $IkWh 51kW-yr $lkWh $lkWh $lkWh

0.078

120.6
129.6

1 129.6
i 129.6

5 0.087 129.6

Retail Adder
Real Discount Rate

Capacity Losses: Generalion to ISO Delivery
Zonal On-Peak Summer Load Factor

0.138 0.088 129.6
0.140 0.090 129.6

0.101 0.074 0.1l0 0.073 114.9 0.006 0.004 0.010 0.004 13.4 0.005 0.004 0.009 0.004
0.101 0.073 0.110 0.072 120.0 0.005 0.004 0.009 0.003 14.0 0.006 0.004 0.010 0.004
0.097 0.073 0.097 0.069 56.8 0.028 0.021 0.047 0.018 59.0 0.027 0.021 0.046 0.019
0,094 0.070 0.096 0.067 91.2 0.015 0.011 0.025 0.010 35.1 0.014 0.011 5,024 0.009
0.093 0.069 0.098 0.067 102.6 0.010 0.008 0.010 0.007 24.6 0.010 0.008 0.017 0.007

0.132 0.101 0,227 0.087 318.3 0.129 0.099 5.222 0.086
0,132 0.101 0.227 0.087

Notes:
1) Capacity pdce converted to SlkWh at zonal os-peak summer load factor.
2) Projected envimnmental costs represent costs that are not yet intemalized. Sustainubility Target = Allowance Price (internatzed value) + Environmental Cost

ELECTRIC AVOIDED COSTS

51kWIn

10%
2.2%
3.4%
59%

Units:

Period:
2007
2008
2009
2010
2011
2012
2013
2014
2015

outside of ‘-1srtheast M~s DRIPE For Installations In 2008 -_________ DRIPE f~ lnstallatioi in 2009

Annual Annual Annual
Winter Winter Off- Summer Summer Winter Winter Off- Summer Summer Winter Winter Off- Summer SummerMarket Market Market
Peak Peak Peak Olf-Peak Peak, Peak Peak Off-Peak Peak Peak Peak Off-PeakCapacIty

Energy Energy Energy Energy Value Energy Energy Energy Energy Capacity Energy Energy Energy Energy CapacityValue Value

2016

- 0.040

2017
2010
2019
2020

0.070
0.067
0.065
0.067
0.064
0.065
0.064
0.067
0.067
0.067
0.066
0.067
0.067
0.069

$lkWh StkW-yr $IkWh $IkWh $tkWh $lkWh 91kW-yr

0.011 - - - - - -

0.032 - 0.017 0.013 0.028 0.011 -

0.030 72 0.048 0.037 0.003 0.032 -

0.010 140 0.045 0.034 0.077 0.030 -

90 0.027 0.021 0.047 0.018 140
0.088 0.065
0.091 0.065
0.009 0.065
0.091 0.066
0.093 0.068
0.091 0.067
0.091 0.066
0.092
0.093
0.096
0.098
0.099
0.101
0.102
0.104
0.105
0.107
0.100
0.110
0.111

2021
2022
2023
2024
2025
2026
2027
2028
2029
2030
2031
2032

0.070

0.095
0.097
0.093
0.093
0.097
0.097
0.101
0.000
0.101
0.102
0.107
0.100
0.110
0.112
0.113
0.115 0.073
0.116 0.074
0.118 0.075
0.120 0.076
0.122 0.078
0.123 0.079
0.125 0.080
0.127 0.081

0 0.00;
1 0.08;
S COOt
~ 0.086

0.07 1

129.6
129.6
129.6
129.6
129.6
129.6
129.6

0.072

129.6

Levetized
(20 00-2040)
(2009-2040)
5 years (2008-12)
10 years (2008-17)
15 years (2008-22)
PV 102006
PV to 2009

10.3
10.7
26.8
26.9
18.9

243.9
249.3

-All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am:- 10pm; Off-Peak Hours am: All other hours. E—21
-Si’ “rcludes June through September’~ rAinIer is all other monlhs.
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EXHIBIT -NEMA-C$

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTEi All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am - 10pm; Off-Peak Hours are: All other hours

Summer for energy values Includes June through September; Winter is all other months
All Coslo include losses on the lSO-adrrrinistered Transmission System. OSM savings should include distribution and local transmission losses

Formatted for input to DSM screening models

2024 0.019
2025 o.oig
2026 0.019
2027 0.019
2028 0.019
2029 0.019
2030 0.019
2031 0.019
2032 0.019
2033 0.019
2034 0.019
2035 0.019
2036 0.019
2037 0.019
2038 0.019

0.039 0.038

SlkWh $lkWh SlkWh $llcWh $IkWh

0.061
0.070
0.067

19.6 0.162 0.009
19.6 0.162 0.090
19.6 0.162 0.091

: 19.6 0.162 0.094
19.6 0.162 0.095
19.6 0.162 0.097

26.2 19.6 0.162 0.100

19.6 0.162 0,103

0.162 0.106

2040 0.019 0.019 0.022

114 0.000

Notes:
I) Capacity price converted to $IkV’Io at zonal on-peak summer loud factor.
2) Projected envimnmental cents represent costs that are not yet intemalized. Suslainubilily Target = Allowance Price lintemalized value) + Environmental Cost

Wholesale

FCW
2010-’
2011-’
2012-’
201 t_’

phaoe-in
1 60%

80%
100%
100%

rower r C, t.onssanl sjouars

FCM Revenue
Additional CO2 Costs (not an avoided cost;

(see note below) do not add to avoided costs) Avoided Costs before Adders REC Cost

On-Peak Annual ICAPWinter Winter Off- Summer Summer Summer: Winter; Winter Winter Off- Summer Summer
Summer Market

Peak Peak Peak Off-Peak All EnergPeak Peak Peak Off-Peak June, July, December, Capacity Capacity
Energy Energy Energy Energy August January Value1 Energy Energy Energy Energy Value

Units;

Period;
2007
2008
2009
2010
2011
2012
2013
2014
2015
2016
2017
2018
2019

0.040
0,040

0.039
0,038
0.038

$lkWh $tkWh

0.037 I
0.037
0.035
0.035
0.035 1
0.031
0.030
0.028
0.027 1
0.026
0.024 I
0.023
0.022 1
0.021 1
0.020 1
0.019 I
0.019 1

0.034

slew- 01kw-$IkWh $lkWh month month

_________ _________ 10.2

_________ 17.4

________ 19.6

19.6

0.084
0.094

$lkW-yr

2020
2021

0.064

#tkWh 91kW-yr

2022

0.060

2023

0.150

0.087
0.081 _________

0.08; _________

0.083 0.062
0.070 _________

0.081 _________

0.079
0.081
0.084
0.082
0.082
0.084
0.085

19.6 0.162 0.088

0.166 40.5
0.156 45.2

0.057 0.082
0.057 0.083
0.058 0.087

19.6
19.6
19.6

0.057
0.059

0.167 19.0
0.184
0.189
0.19 1
0.187
0.176
0.155
0.127
0.062
0.049

26.2
26.2
26.2
26.2
26.2
26.2
26.2
26.2
26.2
26.2
26.2

0.033 -

0.032 -

0.031 -

0.029 -

0.028 -

0.026 -

0.025 -

0.024 -

0.022
0.022
0.021 -

________ 0.021 -

________ 0.021 -

_________ 0.021 -

________ 0.021 -

_________ 0.021 -

________ 0.021 -

________ 0.021 -

________ 0.021 -

________ 0.021 -

_________ 0.021 26.2
_________ 0.021 26.2
_________ 0,02 1 26.2
_________ 0.02 1 26.2
_________ 0.021 26.2
_________ 0.021 26.2
_________ 0.021 26.2
_________ _________ _________ 0.021 26.2
_________ _________ _________ 0.02 1 26.2

0.024 0.024 0.027 0.026 23.9
0.024 0.023 0.026 0.025 24.5
0.035 0.034 0.039 0.037 14.7
0.031 0.031 0.035 0.034 20.1
0.028 0.028 0.031 0.030 21.9

114

19.6 0.162 0.093

0.000
l~ 0.000

2039

19.6

19.6 0.162 0.090 0.071 0.1

0.060
0.060
0.059
0.064
0.061
0.063
0.064
0.065
0.066
0.067
0.068
0.069
0.070
0.071
0.072
0.073
0.074
0.075
0.076
0.077
0.078

0.124 0.079

0.162 0.104

0.019 0.019 0.022

19.6 0.162 0.104

Levelized
(2008-20401
(2009-2040)
5 years (2008-12)
10 years (2000-1 7)
15 years (2008-22)
PV to 2008
PVto 2009

114
11~
114
114
114
144
114
114
144
114
114
114
114
114
114
114
114
114
144
114

0.077
0.078
0.079

19.6 0.162 0.107
19.6 0.162 0.109
19.6 0.162 0.110
19.6 0.162 0.112
19.6 0.162 0.113

17.9 0.141
18.4 0.144
11.0 0.016
15.1 0.088
16.4 0.114

0.000
0.08 1

-All Avuidod Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am - 10pm; Off-Peak Hours are: All other hours,
-Summer includes June through September; Winter is all other munths.
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EXHIBIT E-1 SWCT-C$

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTEt All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am - 10pm; Off-Peak Hours are: All other hours

Summer for energy values Includes dune through Septemberi Winter Is all other months
All Costs include losses on the lSO-adminislered Transmission System. OSM savings should include distribution and local transmission losses

Formatted for input to DSM screening models

Retail Adder
Real Discount Rate

Capacity Losses: Generation to ISO Delivery
Znnal On-Peak Summer Load Factor

Levelized
(2008 -2040)
(2008 -2040)
5 years (2008-1 2)
10 years (2008-17)
15 years (2008-22)
PV to 2008
PV to 2009

$lkWh $lkWh $lkWb 51kW-yr $lkWh

0.002 0.14
0.093 0.14

0.117 0.076 114.0
0.117 0.075 120.0
0.106 0.073 56,8
0.104 0.070 91.2
0.106 0.070 102.6

SlkWh $lkWh 51kW-yr $ikWh

0.004 0.003 0.009 0.004 10.4 0.006 0.004
0.004 0.003 0.008 0.004 10.7 0.006 0.005
0.028 0.023 0.058 0.029 60.4 0.028 0.022
0.014 0,011 0.029 0.015 34.2 0.015 0.012
0.009 0.008 0.019 0.010 22.8 0.010 0.008
0.135 0.109 0.279 0.141 318.3 0.132 0.106

0.135 0.109

$lkWh $lkWh SibV’fli 51kW-yr

0.033 0,016 -

0.100 0.051 -

0,097 0.050 -

0.059 0.030 140
_________ 90
_________ 40

0.012 0.006 10.3
0.012 0.006 10.7
0.057 0.029 26.9
0.030 0.015 26.9
0.021 0.011 18.9
0.273 0.138 243.9
0.279 0.141 249.3

-All u—led Cnsls are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am- 10pm; Off-Peak Hours are: All other hours.
-S icludes June through September; ‘Moter is all other months.

$lkWh

10%
2.2%
3.4%
60%

tli I NIU MvLML)fl) tUo I 0
Wholesale_Power_Price,_Constant Dollars

Southwest_Connecticut DRIPE for lnstallatie’vr in 2006 DRIPE for lnstallatlo,’~ in 2009

Annual Annuat Annuat
Winter Winter Off- Summer Summer Winter Winter Off- Summer Summer Winter Winter Off- Summer SummerMarket Market Market
Peak Peak Peak Off-Peak Peak Peak Peak Off-Peak Peak Peak Peak Off-PeakCapacity Capacity Energy Energy Energy Energy Capacity

Energy Energy Energy Energy Value Energy Energy Energy Energy Value Value

0.100

Units:

Period:
2007
2008
2009
2010
2011
2012
2013
2014

2015

0.112
0.105
0.102
0.097

$lkWh

0.098

0.0 17

2016

0.049
0.046
0.028

0.0 13
0.039
0.037
0.023

2017
2019
2019
2020
2021
2022

0.094
0.095
0.093
0.094
0.098
0.096
0.095
0.097
0.097
0.100
0.102
0.103
0.105
0.106

2023

0.017
0.049
0.046

0.067 -

0.070 -

0.070 -

0.069 -

0.070 -

0.070 -

0.072 -

0.073 -

40
122.1
129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6

2024
2025
2026
2027
2028
2029
2030
2031
2032
2033
2034

0.108
0.110
0.111
0.113
0.114
0.116

0.074 -

0.075 -

0.076 -

0.077 -

0.078 -

0.079 -

0.081 -

0.082 -

0.083 -

0.084 -

0.005 -

0.097

129.6
129.6
129.6
129.6

0.142
0.14

0.106 0.077
0.105 0.076
0.103 0.077
0.099 0.073
0.098 0.072

Notes;
1) Capacity price converted to S/kWh at znoal on-peak summer load factor.
2) Projected environmental casts represent costs that are not yet iotemalized. Suslainability Target Allowance Price (intemalized value) * Environmental Cost

E-23
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EXHIB ~tCT-C$

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTE: All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am - 10pm; Off-Peak Hours are: All other hours

Summer for energy values includes June through September; Winter is all other months
All Costs include losses on the tSO-adminislered Transmission System. DSM savings should include distribution and local transmission losses

Formatted for input to DSM screening models

2007 0.037 0.036 0.041

0.019 0.019 0.022 0,021
0.019 0,019 0,022 0.021

0.089 0.065
0.099 0,073 0.C

0.006 0.062 0.095 0.062 114

0.088 0,065 0.101 0.063 114 0.000
0.091 0.065 0.104 0.065 114 0.000
0.093 0.066 0.106 0.069 114

0.095 0.068 0.109

26.2 19.6 0,158 0.098

19.6 0.158 0.101

0.019 0.019 0.022 0,021 26.2

0.158 0.102 0,073 0.117 0.073
19.6 0.158 0.104 0.075

0.158 0.105 0.076

0.019 0.019 0,022 0.021 26.2 19.6 0,158

0.023 0,023 0.026 0.025 24.5
0.023 0,022 0.025 0,024 24.9
0.035 0.034 0,039 0.037 14.8
0.031 0.030 0.034 0,033 20.5
0.028 0,027 0.031 0.030 22.4

Noles:

0.107 0.077

1) Capacily price converted to S/k/Mr al zonal no-peak summer load tudor.
2) Projected envimnmental costs represent costs that are nut yet intemalizect. Suslainability Target Allowance Price (inlemalized value) * Environmental Cost

-All Avoided Cosls are in Year 2007 Dollars; Peak hours are: Monday lhrnugh Friday 6am - 10pm; Off-Peak Hours are: All other hours.
-Summer includes June through September; WinIer is all olher moolhs.

Whol~salu Pnwur Pri,~., C.nn~t,,n+ fl,,II,,~

Units:

Period:

FCM
20 10-1
201 1-1
20 12-1
2013-I

ha se-in
60%
80%

100%
100%

$fkWh S/kwh

FCM Revenue
Additional CO2 Costs (not an avoided cost;

(see note below) do not add to avoided costs) Avoided Costs befo~ Adders REC Cost

On-Peak Annual tCAPWinter Winter Ott- Summer Summer Summer: Winter: Winter Winter Off- Summer Summer
Summer MarketPeak Peak Peak Off-Peak June, July, December, Peak Peak Peak Off-Peak All Energ
Capacity CapacityEnergy Energy Energy Energy August January Value1 Energy Energy Energy Energy Value

0.036
i 0.035

0,04 12000
2009
2010
2011
2012
2013
2014
2015
2016
2017
2018
2019

S/kWh $tkWh

0.034

S/kWh 9/kWh

0,037 _________

0.031 __________

0.035 0.035
0.035 0.034 —

0.03 1 0,030
0.030 0,029
0.028 0.028
0,027 0.027
0.026 0.025
0.024 0.024
0.023 0.023
0.022 0.022
0.021 1
0,020 1
3.019 1
0.019 1

0,032
0.031

0.093 0.070 0.096 1

2020
2021
2022

01Km- 01Km-S/kWh S/kWh S/kwh
_________ month month _________

0.040 _________ _________ _________

0.040 9.3 7.0 _________

0,038 10,4 7.8 _________

0.036 13.5 10.2 0,074
0.030 17.9 13.4 0,133
0,033 23.1 17,4 0.148

26.2 19.6 0.158
~ 19.6 0.150
26.2 19.6 0.150
26.2 19.6 0,158
26,2 19.6
26,2
26,2 19.6
26.2 19.6
26.2 ~W
26.2 ~i~W
26.2 ~

19.6
26.2 19.6

19.6

91kW-yr

7 0.093 1

9/kW-yr ~fkWh

________ 0.175
_________ 0.222
_________ 0.233

67 0.233
114 0.211

_________ 1.189
0.167

0.092 0.061 _________

0.099 0,002 _________

3 0.090 0.059
0 0,090 0.059

0.090 0.050
I 0.093 0.060
3 0,097 0.063

0.007 0.064 0.095 0.063 114

114
114

2023
2024
2025
2026
2027
2028
2029
2030
2031
2032
2033
2034
2035
2036

0.008 0.065 0.099 0.063 114 0.000

26,2 19.6

1 0.094 0.067 0,107 0,067 114

0.150 0.097 0.069 0.110

19.6

0.158 0.100

2037
2038
2039
2040

Levettzed
(20 08-2040)
(20 09-2040)
5 years (2000-1 2)
10 years (2000-17)
15 years (2008-22)
PV to 2008
PV to 2009

19.6
19.6
19.6
19.6
19.6
19.6
19.6
19.6

0.109 0.078 0.124 0.078 114

0.158

18.4 0.137
18.7 0,140
11.1 0.015
15.4 0,086
16.8 0.111
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EXHIBIT E-l NS-CS

Formatted for input to OSM screening models

ELECTRIC AVOIDED COSTS

0.104 0.075

0.093

0.106 0.077 0.123 0.076 114.9 0.006 0.005 0.012
0.106 0.076 0.123 0.075 120.0 0.005 0.004 0.011
0.105 0.077 0.114 0.074 56.8 0.028 0.023 0.058
0.100 0.073 0.111 0.071 91.2 0.015 0.012 0.031
0.099 0.072 0.112 0.071 102.6 0.010 0.009 0.022

0.135 0.109 0.279

$lkWh $lkWh $IkWh $lkWh 91kW-yr

0.033 0.016

0.006 13.4 0,006 0.004 0.012 0.006 10.3
0.005 14.0 0.006 0.005 0.012 0.006 10.7
0.030 59.0 0.028 0.022 0.097 0.029 26.8
0.016 35.1 0.015 0.012 0.030 0.015 26.9
0.011 24.6 0.010 0.008 0,021 0.011 18.9
0.141 318.3 0.132 0.106 0.273 0.138 243.9

0.135 0.109 0.279 0.141 2493

Notes:
1) Capacity price converted Is SlkV’.rn at zonal on-peak summer load factor.
2) Projected environmental cools represent costs that are not yet internalized. Sustainability Target = Allowance Pnce (internaized value) ÷ Environmenlal Cost

-All A=”-ded Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am - 10pm; Off-Peak Hours are: All other hours.
-S ~cludes June through September Winter is all other months.

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTE: All Avoided Costs are in Year 2007 Dollars; Peak hours am: Monday through Friday Sam - 10pm; Off-Peak Hours are: All other hours

Summer for energy values Includes June through September; Winter is all other months
All Costs include losses on the ISO-administered Transmission System. DSM savings should include distribution and local transmission tosses Retail Adder

Real Discount Rate
Capacity Lasses: Generation to ISO Delivery

Zonal On-Peak Summer Load Factor

SlkWh $lkWti

10%
2.2%
3.4%
59%

Wholesale Power Price, Constant Dollars

Norwalk-Stamford DRIPE for lnstallatior’~ in 2099 DRIPE for Installations in 2009

Annual Annual Annual
Winter Winter Off- Summer Summer Winter Winter Off- Summer Summer Winter Winter Off- Summer SummerMarket Market Market
Peak Peak Peak Off-Peak Peak Peak Peak Off-Peak Peak Peak Peak Off-PeakCapacity Energy Energy Energy Energy CapacityCapacity Energy Energy Energy Energy

Energy Energy Energy Energy Value Value Value

Units:

Period:
2997
290g
2999
2010
2011
2912
2013
2014

0.116
0.109
0.102
0.097
0.008
0.094

2015

0.0 13

3.046
0.039

0.028

$tkWh SibWtr SlkWh 51kW-yr

72
140
90

129.60.095
0.093
0.094
0.098
0.096
0.095
0.097
0.097
0.100
0.102
0.103
0.105

129.6
129.6
129.6

0.085
0.082
0.076
0.07 1
0.073
0.067
0.067
0.067
0.068
0.070
0.07 1
0.069
0.071
0.072
0.072
0.073
0.074
0.075
0.076
0.077
0.079
0.080
0.081
0.082
0.083
0.094

$lkWh $lkWh 51kW-yr $IkWh

0,078 -

0.082 - 0.017
0.076 - 0.049
0.072 60.5
0.069 109.1
0.070 122.1
0.066 129.6
0.067 _________

0.066 _________

0.067 _________

0.070
0.070
0.069
0.070
0.070
0.072
0.073
0.074
0.075
0.076
0.077
0.078
0,079
0,08 1
0.082
0.093

129.6

— 0.049 0.039 0,100 0.051

40

2016
2017
201g
2019
2020
2021
2022
2923
2024
2025
2926
2027
2020
2029
2030
2031
2032
2033
2034
2035
2036
2037
2030
2939

0.109
0.108
0,110

129.6
129.6
129.6
129.6
129.6
129.6
129,6
129.6
129.6
129,6

0.111
0.113
0.114
0.116
0.118

129.6

0.119

129.6

0.121

129.6

0.123

129.6

0.125

129.6

2040

129.6
129.6
129.6
129.6
129.6

Levelized
(2009~2040)
(20 09-2049)
5 years (2000-1 2)
lO years (2000-17)
15 years (2098-22)
PV to 2000
PV to 2009
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EXH NS-C$

Levelized
(2008.2040)
(2009.2040>
9 years (2008.12)
10 years (2008-17)
15 years (2008-22)
PV to 2008
PV to 2009

Formatted for input to OSM screening models

$IkWh SlkWb SlkWh $JkWh

0:140
0.143
0.016
0.087
0.113

$lkWh $IkWh $lkWh $!kW-yr ~!kWh 9/kW-yr

67
114
114
114
114
114
114
114
114
114
114

0.065 0.106 0,063 114
- 0.065 0.109 0.065 114

0.115 0.082 0.137

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTE: All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am -1 8pm; 0ff-Peak Hours are: All other hours

Summer for energy values includes June through September; Winter is all other months
All Cools include losses on the ISO-adminislered Transmission System. DSM savings should include distribution and local transmission losses phase-in

1 60%
2 80%
3 100%
4 100%

PC
2010-
2011-
20 12-
20 13-

Wholesale Power P”~-~e, Constant Dollars
FCM Revenue

Additional C02 Costs (not an avoided cost;
(see oc”~ below) do not add to avoided costs) Avoidel Costs befoe Adders RECCos

On-Peak Annual ICAPWinter Winter Off- Summer Summer Summer: Wintet Winter Winter Off- Summer Summer
Summer MarketPeak Peak Peak 011-Peak June, July, December, Capacity Peak Peak Peak Off-Peak All Ener y

CapacityEnergy Energy Energy Energy August January Value1 Energy Energy Energy Energy Value

Units:

Period:
2007
2008
2009
2010
2041
2012
2013
2014
2015
2016
2017
2018
2019
2020
2021
2022
2023 0.019

7.0
7.8

91kW- —
$lkWh 9/kWhmonth

9-3
10,4
13.5
17.9
23.1
26.2

0.031 26.2

0.c

10.2
13.4
17.4
19.6
10.6

0.028 26.2
0.029 26.2 19.6 0.161

0.16 1

18.6

2024 0.019

26,2 19.6 0.161
0.161

19.6

0.1
S.C
S.C
D.C
S.C
D.C
D.C
0.C
0.C
S.C
0.1
S.C
0.088 0.065 0.104 0.063

2025 0.019 0.019 0.022 0.021

26.2
26.2
26.2
26,2
26,2
26.2
26.2
26.2

2026 0.019 5.019 0.022 0.021 26.2
2027 0.019 0.019 0.022 0,021 26.2
2020 0.019 0.019 0.022 0.021 26.2
2029 0.019 0.019 0.022 0.021 26.2
2030 0.019 0.019 0.022 0.021 26.2

o.nno

0.16 1
0.16 1
0.161 _________ _________ _________

0.16 1 _________ _________ _________

0.161
0.161
0.161
0.161
0.161
0.16 1
0.16 1
0.16 1
0.161 0.102 0.073 0.123 0.073
0.161 0.104 0.075 0.124 0.074
0.161 0,155 0.076 0.126 0.075
0.161 0.107 0.077 0.128 0.076
0.161 0.159 0.078 0.130 0.078
0.161 0.140 5,579 0.132 0,079
0.161 0.112 0.080 0.134 0.080

0.113 0.081 0.136
114

0.084 0,139
0.085 0.142

2031 0.019 0.019 0.022 0.021 26.2 ________ ________ ________

32 0.019 0.019 0.022 0.021 26.2 ________ ________ ________

33 0.019 0.019 0.022 0.021 26.2 _______ _______ _______

34 0.019 0.019 0.022 0.021 26.2 _______ _______ _______

35 0.019 0.019 0.022 0.021 26.2 ________ ________ ________

36 0.019 0.019 0.022 0,021 26.2 _______ _______

37 0.019 0.019 0.022 0.021 26.2 ________ ________

38 0.019 0.019 0.022 0.021 26.2 ________ _______

39 0.049 0.019 0.022 0.021 26.2 _________ ________

40 0.019 0.019 0.022 0.021 26.2 _________ ________

0,024 0.024 0.027 0.026 23.9 17.9
0.024 0.023 0.026 0.025 24.5 18.4
0.035 0.034 0.039 0.037 14.7 11.0
0.031 0.031 0.035 0.034 20.1 15.1
0.028 0.028 0.031 0.030 21.9 16.4

Notes:
1) Cupacily price converted to S/kV% at zonal un-peak summer load factor.
2) Projected environmental costs represent costs that are not yel internalized. Suolainability Target Allowance Price (internalized value> * Environmental Cost

-All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am - 10pm; Off-Peak Hours are: All other hours.
-Summer includes June through September; WinIer is all other months.
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EXHIBIT E-1 SW-NS-CS

Levelized
(2008-2040)
(2009-2040)
5 years (2008-12)
10 years (2008-17)
15 years (2008-22)
PV to 2008
PV to 2009

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTEt All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am - 10pm: Off-Peak Hours are: All other hours

Summer for energy values Includes June through September; Winter is alt other months
All Costs include losses on lhe ISO-administered Transmission Syslem. DSM savings should include distribution and local transmission losses

Formatted for Input to DSM screening models

ELECTRIC AVOIDED COSTS

Retail Adder 10%
Real Discounl Rale 2.2%

Capacity Losses; Generation to ISO Delivery 3.4%
Zonal On-Peak Summer Load Factor 01%

328 0.023 0.059 0.030 340

Notes:
1) Capacity price converted to $IkIMr at zonal on-peak summer load factor.
2> Projected environmental costs represent costs that are not yet internalized Sustainability Target = Allowance Price (inlemalized value) + Environmental Coot

-All Av’ided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 8am- 10pm; Ott-Peak Hours are: All olher hours.
-Sr rcludeo June through September; ‘Mnter is all other months.

E-27

Units:

Period:
2007

Southwest Connecticut eocept Norwalk-Stamford DRIPS for Installatio” in 2008 DRIPS fr lnstallatio~r in 2009

Annual Annual AnnualWinter Winter Off- Summer Summer Market Winter Winter Off- Summer Summer Market Winter Winter Off- Summer Summer Market
Peak Peak Peak Off-Peak Peak Peak Peak Off-Peak Peak Peak Peak Off-PeakCapacity CapacityCapacity Energy Energy Energy Energy Energy Energy Energy Energy ValueEnergy Energy Energy Energy Value Value

2008
2009
2010
2011
2012
2013
2014
2015

9
2

7
9
4
5

0.093

S/kWh S/kWh $tkWh S/kWh 51kW-yr 51kWIn $IkWh StkWh 51kM/h 51kW-yr 5/kWh S/kWh 5/kWh 5/kVAt 5/kW-yr

2017
2016 0.094 0.068 0.100

0.067

0.098

0.090

2018 0.096
2019 0.095 -

2020 0.097 -

0.023

2021

0.059 0.030

0.070
0.07 1
0.069
0.07 1
0.072

2022
0.097

2023

140
90

0.046 0.037 0.097 0.050 -

_________ 0.066
_________ 0.067

0.104 0.070
0.102 0.070

102 0.069
.106 0.070
108 0.070

.111 0.072
113 0.073

~.115 0,074
0.116 0.075
0.118 0.076
0.120 0.077
0.121 0.078
0.123 0.079
0.125 0.081
0.127 0.082
0.129 0.093
0.130 0.084
0.132 0.005

90

129.6
0.134 0,087 129.6
0.136 0.088 129.6
0.138 0.089 129.6

I 0.140 0.090 129.6 _________ _________ _________ _________

129.6 _________ _________ _________ _________

129.6 _________ _________ _________ _________

314.9 0.006 0.005 0.012 0.006 13.4 0.006 0.004 0.012 0.006 10.3
120.0 0.005 0.004 0.011 0.005 14.0 0.006 0.005 0.012 0.006 10.7
56,8 0.028 0.023 0.058 0.030 59.0 0.028 0.022 0.057 0.029 26.8
91.2 0.015 0.012 0.031 0.016 35.1 0.015 0.012 0.030 0.015 26.9
102.6 0.010 0.008 0.022 0.011 24.6 0.010 0.008 0.021 0.011 18.9

0.135 0.109 0.279 0.141 318.3 0.132 0.106 0.273 0.138 243.9
0.135 0.109 0.279 0,141 249,3

0.142 0.092
0.144 0.093

0.106 0.077 0.114 0.076
0.105 0.076 0.114 0,075
0.102 0.076 0.102 0.073
0.099 0.072 0.101 0.070
0.098 0.072 0.102 0.070

R /31/07



EXHIBI ?rI-NS-C$

AESC Constant Dollar Avoided Cost Results by Screening Zone

Whnlouulo Power Price, Constant Dollars

0.019 0.019 0.022 0.021
2025 0.019 0.019 0.022 0.021

0.019 0.019 0.022 0.021
2027 0,019 0.019 0.022 0,021 26.2 19.6
2928 0.019 0.019 0.022 0.021 26.2 19.6
2029 0.019 0.019 0.022 0,021 26.2 19.6

0.091 0.070 0.090
0.073 0.090 0.067 0.090

17.4 0.147 0.087
19.6 0,156 0.063
19.6 0.156 0.005

2031 0.019 0.019 0.022 0.021 26.2 19,6

2033 0.019 0,019 0.022 0,021 26,2

0,024 0,024 0,027 0,026 23,9 17.9 0.136
0.024 0.023 0.026 0.025 24,5 18.4 0.139
0,035 0,034 0,039 0,037 14.7 11,0 0,015
0.031 0.031 0.035 0.034 20.1 15.1 0.095
0.028 0.028 0.031 0.030 21.9 16.4 0.110

0.086 0.062 0,093 0,062
0.065 0.097 0.063 114 0,000
0.065 0,098 0.063

Notes:
1> Capacity price converted to $IkWn at zonal on-peak summer load factor.
2) Projected environmental costs represent costs that are not yet internalized. Sustainability Target = Allowance Price (internalized value) + Environmental Cost

-All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am - 10pm; Off-Peak Hours are: All other hours.
-Summer includes June through September; Winter is all other months.

NOTE: All Avoided Costs are in Year 2087 Dollars; Peak hours are: Monday through Friday 6am - 10pm; Off-Peak Hours are: All other hours
Summer for energy vatues includes June through September; Winter is all other months

All Costs include losses on the ISO-adminiotemd Transmission System. DSM savings should include distribution and local transmission losses

Formatted for input to DSM screening models

Units:

Period:

FCM
201 0-1
2011-1
20 12-1
2013-I

rhase-in
60%
80%

1 100%
I 100%

2007

FCM Revenue
Additional C02 Costs (not an avoided cost;

(see note below) do not -id to avoid~ costs) Avoided Costs before Adders RECC05tJ

On-Peak Annual 1 ICAPWinter Winter Off- Summer Summer Summer: Winter; Winter Winter Off- Summer Summer
Summer MarketPeak Peak Peak Off-Peak June, July, December Capacity Peak Peak Peak Off-Peak Alt Ener9hi

CapacityEnergy Energy Energy Energy August January Value1 Energy Energy Energy Energy Value

~tkW- 21kW-$IkWh 91kWit S/kWh S/kWh S/kWhmonth mnnth 91kWit

2008
2009
2010
2011
2012
2013
2014
2015
2016
2017
2010
2019
2020
2021
2022

0,008 1
0.097 1

S/kWh S/kWh S/kWh 91kW-yr

0.032

13.4 0.131 0.007

2023
2024

0.083

2026

26.2
26.2
26.2
26.2
26.2
26.2
26,2
26.2
26.2
26.2
26.2
26.2
20.2
26.2

0.083 0.090 0.061 114
114
114
114
114
114
114
114
114

~IkWh 91kW-yr

0.175 ________

0.222 40.5
0,233 45.2
0.233 19.0
0.2 11 ________

0.189 _________

0.167 _________

0.145 _________

0.123 _________

0.099 _________

0,074 _________

0.049 _________

0.025

19.6 0.156
19.6 0.156
19.6 0.156
19.6
19.6
19.6
19.6
19.6
19.6
19.6
10.6
19.6

2030

2032

0.019 0.019 0.022 0.021

0.156
0.156
0.156
0.156
0.156
0.156
0.150
0.156
0.156
0,156
0.156
0.156
0.156
0.1
0.10.019 0.019 0.022 0.021

114

26.2

0.000

0.010 0.019 0.022 0.021

19.6

26.2 19.6

2034
2035
2036
2037
2038
2039
2040

Levelized
(2008 -20 40)
(2009-2040)
5 years (2008-12)
10 years (2000-17)
15 years (2008-22)
PV to 2008
PV to 2009

26.2
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EXHIBIT 5-1 non-SWCT-C$

Notes:
1) Capactly price converted to SibYls at zonal on-peak summer load factor.
2> Projected environmental costs represent costs that are not yet intemalized. Sustainability Target = Allowance Price (internalized value) + Environmental Cost

-All Anoirled Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am- 10pm; Off-Peak Hours are: All other hours. E—29
-S~ icludes June through September; Winter is all other months.

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTE: Alt Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am -10pm; Off-Peak Hours are: All other hours

Summer for energy values inctudes June through September; Winter Is all other months
All Costs include losses on the ISO-administered Transmission System. DSM savings should include distribution and local transmission losses Retail Adder

Real Discount Rate
Formatted for input to DSM screening models Capacity Losses: Generation to ISO Delivery

Zonal On-Peak Summer Load Factor
CUSTS

Units:

Period:

51kWit SlkWh SIkWh

.0t1N1L.,MVL)PLJCLJ

Wholesale Power Price, Constant Dollars

C’’necticut_e”-ept_Southr~ct_Connecfut DRIPE for Installations in 2008 DRIPE for Installations in 2008

Annual Annual Annuat
Winter Winter Off- Summer Summer Winter Winter Off- Summer Summer Winter Winter Off- Summer SummerMarket Market Market
Peak Peak Peak Off-Peak Peak Peak Peak Off-Peak Peak Peak Peak Off-PeakCapacityCapacity Energy Energy Energy Energy Value Energy Energy Energy Energy Capacity

Energy Energy Energy Energy Value Value

10%
2.2%
3.4%
60%

$lkWh

2007 0.S99 0.072 0.104 0.075
2008 0.110 0,082 0.105 0.000
2009 0.103 0.079 0.106 0.073
2010 0.100 0.075 0.103 0.071
2011 0.090 0.070
2012 0.097 0.072
2013 0.092 0.066 -

2014 0,094 0.066 -

2015 0.091 0.066 -

2016 0.092 0.067 -

2017 0.096 0.069 -

2018 0.094 0.069 -

2919 0,093 0.068 -

2020 0.095 0.070 -

2021 0.096 0.070 -

2022 0.099 0.071 -

2023 0.101 0.072 -

2024 0.102 0,073 -

2025 0.103 0.074 -

2026 0.105 0,075 -

2027 0.106 0,077 -

2028 0.108 0.078 -

2029 0.110 0.079

$lkWh SlkWh $IkW-yr

0.033 0.016
0.100 0.051

0.102
0.105
0.100
0.099
0.100
0.101
0.105
0.103
0.104
0.107
0.108
0.112
0.114
0.115
0.117

119
.121
122

.124
120

0.128
0.130
0.131
0.133
0.135
0.137
0,139
0.14 1
0.143

0.068
0.069
0.065
0.066
0.065
0.066
0.068
0.069
0.067
0.069
0.069
0.07 1
0.072
0.073
0.074
0.075
0.076
0.077
0.078
0.079
0.080
0.082
0.083
0.084
0.085
0,086
0.088

2030

51kW-yr $IkWlt $tkWh $lkWh SlkWh 51kW-yr $lkWti $lkWh

60.5
109.1
122.1
129,6
129,6
129.6
129.6
129.6 -

12 9.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6

2031 0.113
0.111

40

0.080

2032
2033
2034
2035
2036
2037
2038
2039
2040

129.6
129.6

0.089 129.6
0.090

Levelloed
(2000-2048)
(20 09-2040>
5 years (2806-1 2)
10 years (2008-17)
15 years (2008-22)
PV to 2006
PV to 2009

0.145 0.091 129.6
129.6

0.114
0.116 -

0.118
0.119 ________ _________

0.12 1 _________ __________

0.123 _________ _________

0.125 _________ _________

0.127 _________ _________ _________

0.12 8 _________ _________ _________

0.104 0.076 0.115 0.074 114.9 0.006 0.005 0.012 0.006 13.4 0.000 0.004 0.012 0.006 10.3
0.104 0.075 0.115 0.074 120.0 0.005 0.004 0.011 0.005 14.0 0.006 0.005 0.012 0.006 10,7
0.101 0.076 0.104 0.072 56.8 0.028 0.023 0.058 0.030 59.0 0.028 0.022 0.057 0.029 26.8
0.097 0.071 0.102 0.069 91.2 0.015 0.012 0.031 0.016 35.1 0.015 0.012 0.030 0.015 26.9
0.097 0.071 0.104 0.069 102.6 0.010 0.008 0.022 0.011 24.6 0.010 0.008 0.021 0.011 18.9

0.135 0.109 0.279 0.141 318.3 0.132 0.106 0.273 0.138 243.9
0.135 0.109 0.279 0.141 249.3
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EXHIBIT SWCT-C$

2033 0019 0.019 0.022 0.021 26.2

0.158 0.082 0,058 0.089 0.057
0.158 0.084 0.059 0.088 0.058

19,6 0,158 0.082 0,059 0.089 0,057
19.6 0.159 0.083 0.060 0.091 0.059
19.6 0,150 0.086 0.062 0.094 0.062 114 0.074
19.6 0.150 0.085 0.062 0.093 0.062 114 0.049
19.6 0,150 0.004 0.061 0.094 0.061 114 0.025

0.086 0.064 0.098 0.062 114
0.087 0.054 0.099 0.062 114
0.090 0.065 0.102 0.064 114

19.6 0,158 0.091 0.066 0,103 0.065 114

2035 0.019 0.019 0.022 0.021 26.2 19.6 0.158

2037 0.015 0,019 0.022 0.021 26.2 19.6 0.158

0.024 0.024 0.027 0.026 23.9 17.9 0.137
0.024 0.023 0.026 0.025 24.5 18.4 0.140
0.035 0.034 0.039 0.037 14.7 11.0 0.015
0.031 0.031 0.035 0.034 20.1 15.1 0.086
0.028 0.028 0.031 0.030 21.9 16.4 0.111

0.093 0.067 0.105 0.066 114
0.094 0.068 0.106 0.067 114

0.100 0.068 114
0.110 0.069 114

0.070 114
0.071 114

19.6 0.158 0.110 0.079 0.125 0.078 1

Notes;
1) Capacity price converted to SIk’Mr at zonal on-peak summer load factor.
2> Projected environmental costs represent costs that are not yet intemalized, Sustainability Target Allowance Price (internalized vatoe) * Environmental Cost

-All Avoided Costs are in Year 2007 Dollars; Peak hours are; Monday through Friday 6am— 10pm; Off-Peak Hours are; All other hours.
-Summer includes June throogh September; tVinter is all other months.

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTEr All Avoided Costs are In Year 2007 Dollars; Peak hours are: Monday throagh Friday 6am -10pm; Off-Peak Hours are: Alt other hours

Summer for energy values includes June through September; Winter is all other months
All Costs include losses on the ISO-administered Transmission System. OSM savings should include distribution and local transmission losses

Formatted for input to OSM screening models

ha se-in

Units:

Period:

FCM
2 01 0-1
2011- 1
201 2-1
20 13-1

Sfkwh $fkwt,

60%
80%

100%
100%

ninoicsale rower ri I e, ~unslanI hollers

FCM Revenue
Additionet C02 Costs (not an avoided cost;

(see note below) do not “d to avoid - -l costs) Avoided Costs befow Adders REC Cost

On-Peak Annuat CAP
Winter W’interOff- Summer Summer Summer: Winter: Winter WinterOff- Summer SummerSummer Market
Peak Peak Peak Off-Peak June. July, December, Capacity Peak Peak Peak Off-Peak Capacity All Energ

Energy Energy Energy Energy August January Value1 Energy Energy Energy Energy Value

Sf kWh SlkWh 91kW-yr ~lkWh

2007
2008
2009
2010
2011
2012
2013
2014
2015
2016
2017
2018
2019
2020
2021
2022
2023
2024
2025
2026
2027
2028
2029
2030
2031
2032

01kw-yr

0.175
0.222

Sfkwh SlkWh $tkWh - $fkWh $lkwh

0.037 0.036 0.041 0.040 -

0.037 0.036 0.041 0.040 9.3 7.0 -

0.035 0.035 0.039 0.038 10.4 7.8 -

0.035 0.035 0.039 0.038 13.5 10.2 0.074 -

0.035 0.034 0.030 0.038 17.9 13.4 0.133 -

0.031 0.030 0.034 0,033 23.1 17,4 0.148 -

0.030 0.029 0.033 0.032 26.2 -

0.028 0.028 0.032 0.031 26.2 ________ ________ ________

0.027 0.027 0.030 0.025 26.2 ________ ________ ________

0.026 0.025 0.029 0.028 26.2 ________ ________ ________

0.024 0.024 0.027 0.026 26.2 ________ ________ ________

0.023 0.023 0.026 0.025 26.2 ________ ________ ________

0.022 0.022 0.024 0.024 26 — ________ ________ ________

0.021 0.020 0.023 0.022 : 26. : ________ ________

0.020 0.020 0.022 0.022 26
0.019 0.019 0.022 0.021 — 26. — ________ ________

0.019 0.019 0.022 0.021 26.2 — _________ _________

0.019 0.019 0.022 0.021 26.2 ________ ________

0.019 0.019 0.022 0.021 26.2
0.019 0.019 0.022 0.021 26.2
0.019 0.019 0.022 0.021 26.2
0.018 0.019 0.022 0.021 26.2
0.019 0.019 0.022 0.021 26.2
0.019 0.019 0.022 0.021 26.2
0.019 0.019 0.022 0.021 26.2
0.019 0.019 0.022 0.021 26.2

40.5

2034

2036

0.019 0.019 0.022 0.021 26.2

0.019 0.019 0.022 0.021 26.2

0.019 0.019 0.022 0.021 26.2

19.6 0.158

2038
2039
2040

Levelized
(2008-2040)
(2009-2040)
S years (2008-1 2)
10 years (2008-1 7)
15 years (2008-22)
PV to 2008
PM to 2009

19.6 0.158
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EXHIBIT E-1 Inputs - N$

Nominal Dollar Worksheet Inputs

Note: This version has inputs for FCM phase-in in PY 2010-11 through 2012-13, assuming that the
PCM price may be depressed in the first couple years due to demand-reduction bids. The phase-in
is reflected directly in the capacity revenue column. The avoided capacity cost uses the average
between 100% and the phased-in price.

Retail Adder 10%
Discount Rate 2.22%

Capacity Losses to ISO delivery 3.4%
Inflation Rate 2007 2.5%

Development of Load Factors
______ NH RI VT NEMA SEMA WCMA MA non-NE MA

1,215 410 470 348 164 1,008 585 625
1,742 525 610 469 278 1,374 842 881
1,559 451 578 417 241 1,267 772 769
1,530 500 538 389 241 1,217 686 803
6,046 1,886 2,197 1,623 924 4,867 2,885 3,078 10,830 5,963

2007
2008
2009
2010
2011
2012
2013
2014
2015
2016
2017
2018
2019
2020
2021
2022

Peak2AugO6HEl400 7,367 2,022 2,452 1,960 1,036 5,582 3,712 3,760 13,054 7,472
SummerPeakLoadFactor 60.3% 68.6% 65.9% 60.9% 65.6% 64.1% 57.2% 60.2% 61.0% 58.7%

Winter Winter Off- Summer Summer
Peak Peak Peak Off-Peak

Enerav Enerciv Enerov Enerov

-All Avoided Costs are in Nominal$; Peak hours are: Monday through Friday 6am - 10pm; Off-Peak Hours are: All other hours.
~‘ ~er includes June through September Winter is all other months

S e Energy Economics — AESC 2007
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Real Nominal

4.8%
except for Vermont, PSNH

MESummer Peak GWh CT
Sep-06
Aug-06
Jul-06

Jun-06
Total Summer

Please note: CT subzones estimated as (CT peak If) * (subzone summer lf)/(CT summer If), summer Ifs from ISO SMDmonthly.xls

tons/MWh 0.611 0.601 0.681 0.66
$/ton externality $lkWh externality

60.00 0.037 0.036 0.041 0.04
60.00 0.037 0.036 0.041 0.04
57.79 0.035 0.035 0.039 0.03
57.63 0.035 0.035 0,039 0.03
57.47 0.035 0.034 0.039 0,03
50.54 0.031 0.030 0.034 0.0
48.44 0.030 0.029 0.033 0.0
46.34 0.028 0.02 0.032 0.0 1
44.24 0.027 0.027 0.030 0,0
42.14 0.026 0.02 0.029 0.0
40.04 0.024 0.024 0.027 0.0
37.94 0.023 0.02 0.026 0.025
35.84 0.022 0.02 0.024 0.024
33.73 0.021 0.02 0.023 0.022
32.68 0.020 0.02 0.022 0.022
31.63 0.019 0.019 0.022 0.021
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Levelized
(2008-2040)
(2009-2040)
5 years (2000-12)
10 years (2008-17)
15 years (2008-22)
PV to 2008
PV to 2009

EXH(/T~N$

inflation
Retail Adder

Norrinal Discount Rate
Capacity Losses: Generation to ISO Delivery

Zonal On-Peak Summer Load Factor

2.5%
10%

4.8%
3.4%
60%

14.5
15A
28.8
35.6
22.6

250.0
262.0

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOTE: Peak hours are: Monday through Friday Sam. 10pm; Oft-Peak Hours are: AtI other hours

Summer for energy values inctudes Jane through September; Winter Is all other monthe
All Costa Indude losses on the ISO-udrrinistered TransmissIon System. DSM savings should Include distribution and local lransrrlssion losses

Formatted for Input to DSM screening models

ELECTRIC AVOIDED COSTS

Units:

PerIod:

DRtPEtor~~~— 2008

Annual Annual AnnualWinter Winteraff- Summer Summer Winter WlnterOff- Sammer Summer Winter WinterOff- Summer Summer
Market Market MarketPeak Peak Peak Off-Peak Peak Peak Peak Off-Peak Peak Peak Peak Off-Peak

CapacityEnergy Energy Energy Energy Value Energy Energy Energy Energy Capacity CapacityEnergy Energy Energy Energy ValueValue

$IkWh $lkWh $lkWh SIkWh 91kW-yr $IkWh SlkWh $lkWh $ikWh $IkW-yr SIkWh $IkWh $lkWh $ltrWh $IkW-yr

0148 0.107 0.163 0.106
0.150 0.109 0.167 0.107
0.110 0.582 0.113 0.078
0.112 0.092 0.119 0.079
0.117 0.006 0.126 0.084

102.3 0.008 0.006 0.017 0.008 18.9 0.005 0.006 0.016 0.008
172.3 0.007 0.006 0.016 0.000 20.1 0.008 0.007 0.017 0.009
61.0 0.030 0.024 0.063 0.032 63.4 0.030 0.024 0.061 0.031
103.9 0.017 0.014 0.035 0.018 39.9 0.017 0.013 0.034 0.017
123.1 0.013 0.010 0.020 0.013 29.5 0.012 0.010 0.025 0.013

0.130 0.112 0.206 0.145 326.2 0.135 0.109 0.280 0.142
0.142 0.114 0.294 0.149

Notes:
1) Capacity price converted to S!klMi at zonal on-peak summer load factor.
2) Projected environmental costs represent coOls that are not yet Internalized. Sustalrmetrillty Tergel — Allowance Price (intematzed value) • Environmental Cost

-All Aoolded Costs are In Norrinels; Pa k hours are: Monday through Friday 6am - 10pm; Oft-Peak Hours are: All other hours.
-Sommer includes June through September; Water in all other months.
Synapse Eoer~y Econorrdcs — AESC 2007
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EXHIBIT E-1 CT-N$

Levetized
(2008-2040) 0.034 0.033 0.038 0.037 34.7
(2009-2040) 0.034 0.033 0.030 0.037 36.2
Syears (2008.12) 0.037 0.037 0.042 0.040 19.5
10 years (2008.17) 0.035 0.035 0.039 0.038 25.0
15 years (2008-22) 0.034 0.033 0.039 0.036 27.8
PV to 2008
PV to 2009

Notes:
I> Capacity price conveded to $IktMr at zonal on-peak summer load factor.
2> Projecred environmental costs represent costs that are not yet internalized. Suslainability Target = Allowance Price ljnternalized volvo> * Environmental Cost

-Ar Costs are In Norrdnal$; Peak hours are: Monday through Friday 6am - 10pm; Off-Peak Hours are: All other hours.
-Sr. tories June through September; Vdnter is ull other months.
Synr~,.,~,.~nergy Econorrdcs — A6SC 2007

FCM phase-in
2010-11 80%
2011-12 80%
2012-13 100%
2013-14 100%

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOTE: Peak hours are: Monday through Friday 6am - 10pm; Off-Peak Hours are: All other hours

Summer for energy values tecludes June through Oeptember; Winter is alt other mouths
Alt Costs Include losses on Ihe ISO-administered Transmission System. OSM svvings should Include distribution and local transnvssiun losses

Formatted fur Input to DSM screening models

Units:

Period:

Wholesale Power Price, l’minal Dollars npurs rrrear £uurer
FCM Revenue

Additional C02 Costs (not an avoided cost;
do not add to avoid- ~ Avoided Custs before Adders arrd Inflation ‘fEC Costs DttlPEfurlnslallationsin200g DRIPE for lnstallalir—s in 2009

On-Peak Annual ICAP Annual Annual
Winter Winter Off- Summer Summer Summer: Winter: Winter Winter Off- Summer Summer Winter Winter 0 Summer Summer Winter Winter 0) Summer SummerSummer Market Market Market
Peak Peak Peak Off-Peak June, July, December, Capacity Peak Peak Peak 058-Peak All Energy Peak Peak Peak 0ff-Peak Peak Peak Peak 0ff-PeakCapacity Capacity Capacity

Energy Energy Energy Energy August January Valuer Energy Energy Euergy Energy Valoe Energy Energy Energy Energy Value Energy Energy Energy Energy Value

$lkWh $lkWh StkWh $lkWh 91kW-month

0.037 0.036 0.041 0.040 __________

S,038 0.037 0.042 0.041 8.5 7.2
0.037 S,S36 0.041 0.045 10.9 0.2
0.038 S.S37 0.542 0.041 21.2 15.9
0.039 0.030 0.043 0,042 28.9 21.7
S.S35 0.S34 0.039 0.038 29.6 22.2
0.034 0.034 5.030 0.037 30.4 22,8
0,034 0.033 0.537 0.036 31.1 23.3
0.033 0.032 0.037 0.036 31.9 23.9
0.032 5.532 0.036 0.035 32.7 24.5
5.031 0.031 0.035 5.034 33.5 25.1
5.030 S.S3S 0,034 0,033 34.4 25.0
5.029 0.029 0.033 0.032 35.2 26.4
0.020 5.028 0.032 0.031 36.1 27.1
0.028 0.028 0,031 0.030 37.0 27.8
0.028 0.027 0.031 0.030 37.9 28.4
0.029 0.029 0.032 0.031 38.8 29.2
0.028 0.029 0.033 0.032 38.9 29.9
0.030 0.030 0.034 0.033 40.8 30,6
0.031 0.035 0.034 5.033 41.9 31.4
0.032 0.531 0.035 0.034 42,9 32,2
0,032 5.032 0.036 0.035 44.0 33.0

26.0 0.213
272 0.217
14.6 0.016
18.7 0.099
20.9 0.136

$tltiWh $lkWh $IkWh SlkWk S/kWh 81kW-yr ~lkWh 51kW-yr S/kWh S/kWh 5/kWh $lkWh $lkW-yr 5/kwh $lkWh $ikWh $lkWh 51kw-yr

~ -~ -~ -~

0.098 0.073 0.094 Th~T 0222 40.5 0,017 0.013 0.033 0.016 - - - - -

~2 OWS ~5 ~4 ~3 ~ ~9 0.039 ~S 9.051 - ~W7 ~W3 ~3 ~6
~9 ~0 ~6 ~2 ~2 ~3 ~ ~6 ~7 0,097 ~S ~9 ~9 ~S ~1
0.147 0.006 ~ 0.091 0.060 114 0.211 ________ 0.028 0.023 0,059 0,035 140 0.046 0.037 0.097 0.050
5168 ~W ~W -~ ~r -~ ,~ ~ 0030
~3 ~3 ~9 ~S ~58 ~67 0600

__—______~S

0.192 0.002 0.058 0.090 0.058 114 0.123
0.197 0.064 0.061 0.092 0.060 114 0.099
~ 0.087 0.063 0.095 0.062 114 0.074

0.207 0.006 0.063 0.084 0.063 114 5,549
0.212 0.005 0.062 5,1195 0.061 114 0.025
0.217 5.097 0.064 5.509 0.563 114 DOSS
~23 ~7 ~64 ~S 0.063
0.228 0.001 0.065 0.103 0.065 114 0.050
0.234 0.092 0.066 0.104 0.066 114
0.240 0.093 0.067 0.106 0.067 114
0.246 0.095 0.068 0.107 0.060 114
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EXI- ME-N$

Levelized
(2000-2040)
(2009-2040)
5 years (2000-12)
10 years (2008-17)
15 years (2008-22)
PV to 2008
PVto 2009

0.126 0.095 8.137 0,091
0.131 0.066 0.140 0,093
0.093 0.075 0.090 0.066
0.096 0,071 0.096 0.068
0.101 0.075 0.154 0.872

2.5%
10%

4.8%
3.4%
69%

14.5
15.4
28.8
30.6
22.6

250.0
262.0

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOTr: Peak hours are: Monday through Friday 6am - 10pm; Ott-Peak Hours are: All other hours

Summer for energy values includes June through Septemher; Winter is all other months lnttutio
All Costs include lossos on the tSO-adrrdnislerod Transmission System. DSM savings should Includo distribution and local transmission tosses Retail Adtle

Nondnal Discount Rat:
Formatted for input to DSM screening models Capacity Losses: Generation to ISO Dolive:

Zonat On-Peak Summer Loud Facto
COSTS

Units:

Wholesale Power Price, Nominal Dollars

~fl~DRlPEtur~altatlo~8gg ~WEfor~altatioi~89

Annual Annual AnnualWinter Winter Off- Summer Summer Winter Winter Ott- Summer Summer Winter Winter Off- Summer Summer
Market Market MarketPeak Peak Peak Ott-Peak Peak Peak Peak Ott-Peak Peak Peak Peak Ott-Peak

CapacityEnergy Energy Energy Energy Capacity Capacity Energy Energy Energy Energy Value
Value Energy Energy Energy Energy Value

$tkWh $tkWh

0,082 0,061
0.094 0,072
0.094 0,072
0.092 0,068
0.090 0,068
0.084 0,070
0.081 0.867
0,097 0.070

$tkWh $tkWh 91kW-yr $tkWh StkWh $tkWh $tkWh 91kW-yr $tkWh $tkWh $tkWh $tkWh 01kw-yr

162.3 0,004 0.003 0.806 0,003 11.5 0.007 8,006 0,811 0,005
172.3 0.004 0.003 8.806 0.082 11.9 0.007 8.006 0,812 0.005
61.0 0.827 0.022 0.042 0,018 66.8 0,026 0.022 0.042 0.018
103.8 0,013 0,011 0,021 0.009 38.0 0.015 8.012 0.023 0.010
123.1 0,009 0,007 8,814 0,006 25.4 0.011 0,000 0,017 0.007

0,123 5,102 0,186 0.583 326.2 0.121 0.890 0,181 0,002
0.127 8.104 0,200 0,085

Notes:
1) Capacity pdce converted to $lkVdr at z000t no-peak summer load tudor.
2) Projected environmental costs represent costs that are not yet Internalized. Sastoinahulity Target = Allowance Price (Internalized value) * Environmental Cost

-All Avoided Costs urn in NonsoulS; Poak hours urn: Monday through Friday 8am - 10pm; Ott-Peak Hours me: All other hours.
-Summer Includes June through September; Winter is oil other months.
Synapse Energy Economics — AESC 2007
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EXHIBIT E-1 ME-N$

Notes:
1) Capacity price converted to $IkWh at zonal on-peak summer toad tactot.
2) Projected environmental costs represent costs that are not yet internalized, Sustoinability Target Allowance Price (internatized vatue) * Environmental Cost

-1 I Costs are In NorrinalS; Pnolr hoars are: Monday through Friday 6am - 10pm; Ott-Peak Hours are: All other hours.
-~ ,cludes Jane through September; Vdnter is all other months.
~ ~nergy Econnnics—AESC 2007

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOTr: Peak hears are: Macday through Friday 6am - 10pm; Off-Peak Hoursare: Alt other hours

Summer for energy values includes June through September; Winter is alt ether monthu
Alt Costs Include losses on the ISO-adrrinistered Transmission System. OSM savings should include distribution and local transrntission losses

Formatlnd for input to DSM screening models

FCM phase-in
2010-11 60%
2011-12 80%
2012-13 100%
2013-14 100%

$tkWh $tkWh $tkWh SIkWh

lnnuts IReal 200751Wholesale Power Price, r’eminal Dollars
FCM Revenue

Additional C02 Costs (not an avoided cosN
.Joo~Lnte~S.)2~L. donut dd to avoid d A Ided Costs bet ore Add’s and tnflr;’,n REC Costs DRIPE for tnstaltatiresin2008 — DRIPE for lnstaltatir-’s in 2009

On-Peak Annual ICAP Annual Annual
Winter Winter Ott- Summer Summer Summer: Winter: Winter Winter Off- Summer Summer Winter Winter Of Summer Summer Winter Winter Of Summer SummerSummer Market Market Market
Peak Peak Peak Off-Peak June, July December, Capacity Peak Peak Peak Off-Peak Alt Energy Peak Peak Peak Off-Peak Peak Peak Peak Off-PoohCapacity

Energy Energy Energy Energy Angust January Energy Energy Energy Energy Value Energy Energy Energy Energy Capacity CapacityValue Energy Energy Energy Energy ValueValue1

$lkWh StkWh SIkWh $lkWh $lkWh 51kW-yr ≠tkWh 01kW-yr $lkWh SlkWh $lkWh $lkWhUnits;

Period;
2007
2008
2009
2010
2011
2012
2013
2014
2015
2816
2017
2018
2819
2820
2021
2022
2023
2824
2025
2026
2827
2028
2029
2030
2031
2032
2033
2034
2038
2836
2037
2038
2039
2840

Levelized
(2008-2040)
(2009-2040)
5 years (2088-12)
10 years (2805-17)
15 years (2008-22)
PV 102008
PVto 2059

51kW-yr $lkWh $lkWh $lkWh SlkWh 51kW-yr
SIliW-mont I’

7.2
8.2
15.9
21.7
222
22.0
23.3
23.9
24.5
25.1
25.0
26.4
27.1
27.8
29.4
29.2
29.9
30.6
31.4
322
33.0
33.8
34.7
35.5
36.4
37.3
38.3
39.2
40.2
41.2
422
43.3
44.4

29.8 0.188
30.5 0.191
15.0 0.015
19.5 0.087
22.0 0.120

0.034 0.034 0.038 0.037 39.7
0,034 0.034 0.038 0.037 40.7
0.037 0.037 0.041 0.040 20.0
0.035 0.034 0.039 0.038 26.0
0.033 0.032 0.037 0.036 25.4
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EXH MA-NS

0.144 0.104 0.157 0.103 162.3
0.146 0.106 0.160 0.104 172.3
0.105 0.070 0.105 0.074 61.0
0.100 0.070 0.111 0.077 103.8
0.113 0.003 0.119 0.081 123.1

lnhlatio
Retad Adde

Nornnat Discount Rat
Capacity Losses: Generation to ISO Deliver>

Zonal On-PBak Summer Luad Facts

0.050 0.506 5.514 0.006 10.9 0,007 0.006 0.013 0.005
0.007 0.506 0,0>3 0,005 20.> 0.008 0.006 0.014 0.006
0.528 0.023 0.051 0.021 63.4 0.020 0.022 0.050 0.025
0.016 0.013 0.029 0.012 39.9 0.016 0.013 0.028 0.011
0.012 0.510 0.021 0.000 29.5 0.012 5.009 5.021 0.008
0.130 0,105 0.234 0.095 326.2 0.127 0.103 0.229 0.093

0.133 0.108 0.240 0.097

2.5%
10%

4.8%
3.4%
61%

14.5
15.4
20.8
30.6
22.6
250.0
262.0

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOTrI Peak heurs are: Menday through Friday 6am - 10pm; Off-Peak Heur5 are: All ether hours

Summer far energy valaes includes June threugh Septemher; Winter is all ether munths
All Costs include losses on the ISO-administered Transmission System. DSM savings should include distribution and tocal transmission losses

Funnelled fur input to DSM screening models

ELECTRIC AVOIDED COSTS
Whetesale Power

$!kWh S/kWh SIkWh

All et Massashusatts DRIPEt~rlnstallatiu-r~ln20Q8 DRIPE fur Installations itt 2009

Annuat Annual AnnualWinter Winter Off- Summer Summer Winter Winter Off- Summer Summer Winter Winter Off. Summer Summer
Market Market MarketPeak Peak Peak Off-Peak Peak Peak Peak Off-Peak Peak Peak Peak Off-Peak

Capacity Capacity CapacityEnergy Energy Energy Energy Value Energy Energy Energy Energy Value Energy Energy Energy Energy Value

$ikWh 51kW-yr 5/kWh SIkWh $IkWlr $IkWh 0/kW-yr S/kWh SlkWh 5/kWhUnits:

Peried:
2007
2000
2009
2010
2011
2012
2013
2014
2015
2016
2017
2018
2019
2020
2021
2822
2023
2024
2025
2026
2027
2028
2029
2030
2031

S/kWh 5/kW-yr

Level lzud
(2008-2040)
(2009-20401
S years (2008-12)
10 years (2008-17)
15 years (2008-221
PVte 2008
PV ta 2009

Notes:
1> Capacity prIce converted lv SlkWir at zonal on-peak summer toad factor.
2> Projected environmental costs represent costs that are not yet Inlemalized. Suslainakility Target Allowance Price ljnlernalized value> * Environmental Cnsl

-All Avoided Costs are in NunrioalS; Peak hoors are: Monday tkruugh Friday 6am - 10pm: Ott-Peek Hours are: All other hoorn.
-Summer includes June throu0h September; Winter sell other months.
Synapse Energy Economics— AESC 2007
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EXHIBIT E-1 MA-NP

Notes:
1) Capacity price converted to $/kVVh at zonal on-peak summer load factor.
2) Projected environmental casts represent costs that are net yet internalized. Sustidnahility Target Allowance Price Qnternalized value> + Environmental Cost

-A1 ‘Costs are in NorrinalS; Peak hours are: Monday through Friduy gum - 10pm: 0ff-Peak Hours are: All other hours.
-S. nudes June through Seplember; Motor is all other months.
Syo~,~,~nergy Evonorrths — AESC 2007
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AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOTE: Peak hears are; Monday through Friday Earn - 10pm; Ott-Peak Hears are: All other hours

Summer for energy valaes includes Jane through September; Winter Is all other months
All Costs include losses on the lSO-adn’~nistered Transmission System. DSM savings should include distribufion and local transmission losses

Formatted tar input to DSM screening models

FCM phase-In
2010-11 00%
201 1-12 00%
2012-13 100%
2013-14 100%

$tkWh $thWh $lkWh SlkWh month

Wholesale Power Price, Nominal Dollars Inputs (Real 2007$)
FCM Revenae

Additional CO2 Costs (nut an avoided cost;
,j~ete,~j~ donut odd to avoide”~ Avoided Casts betore Ad&~s and lot le°”n REC Costs DRIPE for tnstallaticn’ in 2000 DRlPEfurlnstallat ions in 2009

On-Peak Annauf ICAP Annual Annual
Winter Winter Off- Summer Summer Summer; Winter; Summer Winter Winter Off- Summer Summer Winter Winter 0 I Summer Summer Market Winter Winter Of Summer SummerMarket Market
Peak Peak Peak Ott-Peak June, July, December, Capacity Peak Peak Peak Ott-Peak All Energy Peak Peak Peah Off-Peak Peak Peak Peak Ott-PeakCapacity Capaaity

ValueEnergy Energy Energy Energy August January value’ Energy Energy Energy Energy Value Energy Energy Energy Energy value Energy Energy Energy Energy Capacity

$lkWh $lkWh 9/kWh $lkWh $lkWh 91kW-yr plkWh P1kW-yr SlkWh $lkWh $tkWh 5/kWh
Unit,:

Period:
2007
2006
2009
2010
2011
2012
2013
2014
2010
2016
2017
2018
2019
2020
2021
2022
2023
2024
2020
2026
2027
2020
2029
2030
2031
2032
2033
2034
2035
2036
2037
2030
2039
2040

Levelized
(2000~2040)
(2009-2040)
5 years >2000-1 2)
10 years (2000-17)
10 years (2000-22)
PV to 2000
PV to 2009

91kW-yr SlkWh $lkWh 9/kWh SlkWh 91kw-yr
91kW-month

7.2
0.2
15.9
21.7
22.2
22.9
23,3
23.9
24,5
25.1
25.8
26.4
27.1
27.0
20.4
29.2
29.9
30.6
31.4
322
33.0
33,8
34-7
35.5
36.4
37.3
30.3
382
402
412
42.2
43,3
44.4

26.S 0.211
27.2 0.215
14.6 0,016
18.7 0.090
20.9 0.135

0.034 0.033 0.530 0.037 34.7
0.034 0.033 0.030 0.037 36.2
0.037 0.037 0.042 0.040 19,5
0.035 0.035 0,039 0.030 25.0
0.034 0.033 0.030 0.036 27.8



EXI- NH-N$

5/kWh S/kwh S/kWh

0.137 0.101 0.147 0.098 162.3
0.139 0.183 0.151 8.180 172.3
0.099 0.075 0.897 0.070 61,8
8.102 0.076 0.104 0.073 103.8
0.108 0.080 0.112 0.077 123.1

51kW-yr

lnllatio
Retail Addr

Nnrrinal Discount Rat
Capacity Losses: Generation to ISO Deliver

Zonal On-Peak Summer Load Factc

$lkWh S/kwh 5/kWh

0,804 0,803 0.007 8,803 11.5 0.007 8,006 8.012 0.805
0,004 0.803 0.006 8.803 11.9 0.007 0.006 0,013 0,006
0.026 0,022 0.046 0.021 66.8 0.026 0,022 0.046 8.020
0,013 0,011 0.023 8.810 39.8 0,014 0.012 8,025 8.011
0,009 0.807 0.010 8.807 20.4 0,811 0,009 0.019 8.009
0,119 0.104 0.213 8,886 326.2 0.117 0.102 0.208 8.003

0.122 0,187 0,218 0.098

2.5%
10%

4.8%
3.4%
66%

14.5
15.4
28.8
38.6
22.6

250.0
262.0

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOTr: Peak hears are: Monday through Friday 6am - 10pm; Oft-Peak Hours are: Alt other hours

Summerfor energy values includes June through September: Winter is alt other menthn
All Costs Include tosses on the ISO-adnunlotered Transmission System. DSM savings should include distribution and local transnission losses

Formatted for input to OSM screening medets

eLECTRIC AVOIDED COSTS

S/kwh

Wholesale Power Price, Nominal Dollars

Ne~~~hire DRIPE for tnstallalions in 2508 DRlPEforfnstatlafio’—in 2009

Annual Annual AnnualWinter Winter Off- Summer Summer Winter W’mter Off- Summer Summer Winter Winter Ott- Summer Summer
Market Market MarketPeak Peak Peak Off-Peak Peak Peak Peak Off-Peak Peak Peak Peak Off-Peak

Capacity CapacityEnergy Energy Energy Energy Vatue Energy Energy Energy Energy Value Energy Energy Energy Energy Capacity
Value

81kW-yr S/kwh S/kwh $lkWh S/kWh SlkWh 51kW-yr
Units:

Period:
2007
2000
2009
2010
2011
2012
2813
2014
2015
2016
2017
2018
2019
2028
2021
2022
2023
2824
2025
2026
2027
2025
2029
2038
2031
2032
2033
2034
2038
2036
2037
2038
2039
2040

,evnliZed
(2008-2040)
(2009-2040)
0 years (2008-1 2)
10 years (2008-17)
15 years (2008-22)
PV to 2000
PV to 2009

Notes:
1) Capacity price converted to 5/kV/tI at zonal on-peak summer load factor.
2) ProJected environronnlal costs represent costs that are not ynt Intemalized. Sustainabilily Target = Allowance Price (Internalized value) * Environmental Cost

-All Auuidnd Costs are in Non-matS; Peak hours are: Monday tkruo5h Friday 6am - 10pm: Off-Peek Hoars are: All other hours.
-Summer includes Jane through September; lMnter is oil other months.
Synapse Energy Euononrics — AESC 2007
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EXHIBIT E-1 NH-N$

Notes:
1) Capacity price converted to S/kWh at zonal on-peak sammer load factor.
2) Projected environmental costs represent costs that are not yet internalized. Sustainability Target Allowance Pnce (internalized value) * Environmental Cost

-P 1 Costs are in NorrtnalS; Peak hourv are: Monday through Friday 6am - 10pm; Ott-Peak Hours are: All other hoars.
-E ,cludes June through September; Wvter is all other months.
Syr....~dnergy Enonorrics—AESC 2007
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AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOT!: Peak hours are: Monday through Friday Earn - 10pm; Ott-Peak Hours are: All other hours

Summer for energy values includes June through September; Winter is all other months
All Costs Include losses on the lSO-adninistered Transmission System, DSM savings should include distriburion and local transmission losses

Formatted for input to DON screening models

FCM phase-In
2010-11 60%
2011-12 80%
2012-13 ISS%
2013-14 150%

S/kWh S/kWh S/kWh 5/kWh
grow.
month

Wholesale Power Price, l’rminal Dollars Inputs IReat 2007Sf
FCM Revenue

Additional CO2 Costs (not an avoided cost;

~ do not odd to avoid’,~)5( Avoided Cost: efureAdd sand mOb’ ,n REC Costs — DRlPEforlnstatati”s in 2008 l3RlPEfurtnstallatie”% in 2009

On-Peak Annual ICAP Annual Annual
Winter Winter Ott- Summer Summer Summer: Winter: Winter Winter Ott- Summer Summer Winter Winier 0 Summer Summer Winter Winter Of Summer SummerSummer Market Market Market
Peak Peak Peak Ott-Peak June, July, December, Capacity Peak Peak Peak Ott-Peak All Eeergy Peak Peak Peak Ott-Peak Peak Peak Peak Ott-PeakCapacity Capac’dy Capacity

Energy Energy Energy Energy August January Voluer Energy Energy Enengy Enemy Value Energy Energy Energy Energy Value Eeergy Energy Energy Energy Value

S/kWh S/kWh S/kWh S/kWh S/kWh 5/kW-yr ≠/kWh 51kW-yr SlkWh 5/kWh SlkWh S/kWh
Units:

Period:
2007
2008
2009
2010
2011
2012
2013
2014
2010
2016
2017
2018
2019
2820
2021
2022
2023
2024
2825
2026
2027
2028
2029
2030
2831
2832
2033
2034
2035
2036
2037
2038
2839
2040

Lenelized
(2008-2040)
(2009.2040>
5 years (2008-12)
18 years (2088-17)
15 years (2008-22)
PV to 2008
PV to 2008

51kW-yr SlkWh $tkWh SlkWh StkWh 51kW-yr
5/kW-month

7.2
8.2
15.9
21.7
222
22.8
23.3
23.9
24.5
25.1
25.8
28.4
27.1
27.8
28.4
28.2
29.8
30.6
31.4
322
33.0
33.8
34.7
35.5
36.4
37.3
38.3
392
452
41.2
422
43.3
44.4

29.8 0.195
30.5 0.189
15.0 0.015
19,5 0.09S
22.0 0.125

0.034 0.034 5.038 0.037 39.7
0.034 0.034 0.038 0.037 40.7
0.037 0.037 0.041 5.040 20.0
0.035 0.034 0.039 0.038 26.0
0.033 0.032 0.037 0.038 29.4

8/31/07
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AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOTr: Peak hours are: Monday through Friday 6am - 10pm; Ott-Peak Hours are: All other hours

Summer for energy values includes June through September; WInter is all other months lnllatio 25%
All Costs Include losses on the ISO-adoanistered Transmission System. DSM savings should include distnbudon and local transrrission lasses Retail Adde) 10%

NorTdnal Discount Rat~ 4.0%Formatted fur input to L3SM screening models Capacity Losses: Generation to ISO Dolivor~l 34%

Zonal On-Peek Summer Load Facto) 61%ELECTRIC AVOIOPO COSTS
Wholesale Power Price, Nominal Dollars

Rhodeteland ORlPEtorlestallatlo-- in 2908 DRlPEfvrlnstallatin ln2099

Annual Annual AnnualWinter Winter Off- Summer Summer Winter Winter Ott- Summer Summer Winter Winter Ott- Summer Summer
Market MarketPeak Peak Peak Ott-Peak Market Peak Peak Peak Off-Peak Peak Peak Peak Off-Peak

Capacity Capacity CapacityEnergy Energy Energy Energy Energy Energy Energy EnergyValue Value Energy Energy Energy Energy Value

Units: StkWh $lkWh SlkWh $tkWh 91kW-yr $lkWh $lkWh $lkWh $lkWh 9/kW-yr StkWh $lkWh S/kwh $lkWh 51kW-yr

Period:
2007 ~2 ~ ~3 ~0 -

2000 ~8 ~9 ~W ~4 - ~5 ~2 ~
2009 0.101 0.077 0.102 0.071 - 0.045 0.036 0.074 0.033 - 0.015 0.012 0.025 0.011
2010 0.103 0.076 0.104 0.070 65.1 0,043 0.035 0.071 0,03278~~ 0.037’~ö~W~~
2011 0.101 0.074 0.105 0.069 120.4 0.027 0.022 0.044 0,020 155 0.044 0,030 0.073 0.033
2012 0.105 0.078 0.108 0.074 130.1 102 0.028 0.022 0.045 0.020 158
2013 0.101 0.074 0.106 0.073 150.3 46
2014 0.107 0.076 0.110 0.075 154.1
2015 ~ ~5 ~6 ~
2016 0.113 0.082 0.122 0.002 161.5
2017 ~ ~5 ~5 ~9
2018 ~0 ~9 ~9 ~0 ~1
2019 0.123 0.089 0.136 0.009 174.3
2020 0.126 0,593 0.141 0.093 178.7
2021 0.131 0.059 0.149 0.095 183,2
2022 0.141 0.100 0,156 0.101 187.8
2023 0.147 0.104 0.162 0,105 192.4
2024 0.153 0.108 0.169 0.109 197.3
2028 0.159 0.112 0.176 0.114 202.2
2026 0.165 0.117 0.183 0.118 207.2
2027 0.172 0.121 0.190 0.123 212.4
2028 0.179 0.126 0.197 0.128 217.7
2029 0.186 8.131 0.205 0,133 223.2
2030 0,193 0,137 0.214 0,138 228.8
2031 0.201 0.142 0.222 0.144 234,8
2032 0,209 0,149 0.231 0,150 240.3
2033 0,217 0,154 0.240 0,156 246.4
2034 0226 0.160 0,250 0,162 252,5
2830 0,235 0.166 0,280 0.168 258,8
2036 0,244 0.173 0.270 0,175 265.3
2937 0,254 0,180 0,281 0.182 271,9
2038 0.264 0,187 0.292 0.199 278,7
2039 0,275 0.194 0,304 0,197 205.7
2040 0,206 0.202 0.316 0.205 292.8

Levelized
(2008-2840) 0,143 0.103 0.154 0.102 162.3 0.007 0.006 0.012 0.005 18.9 0.007 0.008 0.011 0,005 14.5
(2009-2040) 0.145 0,105 0,158 0,104 172.3 0.007 0.005 0,011 0,005 20.1 0.067 8,006 0,012 0.005 15.4
5years(2008-12( 0.104 0.077 0,103 0,071 61,0 0,026 0,021 0.043 0.019 63.4 0,026 0.021 0.043 0.019 28,8
10 years (2008-57) 0.106 0.078 0,109 0.074 103.8 0.015 0.012 0,024 0.011 30.9 0,014 0.012 0,024 0.011 30.6
l5yaars(2008-22) 0,112 0.082 0.118 0.079 123.1 0,011 0.009 0,018 8,008 29,5 0,011 0.009 0.018 0,008 22,6
PVto 2008 0.121 0.090 0.108 0.089 326.2 0.118 0.096 0.194 0.087 255.0
PV 102009 0.124 0.105 0.203 0.091 262.0

Notes:
1) Capacity prino converted to $/kWn at zonal on-peak summer load factor.
2) Projected environmental costs represent costs that are out yet internalized. Sustuinability Target = Allowance Price Onternalized value) * Enaironmenlal Cost

E-40-All Avoided Costs are in Norrdnuls; Peak hours are: Monday through Friduy 6am - lOym; 011-Peak Hours are: All other hours.
-Summer includes Jane through September; Wnter is all Other months,
Synapse Energy Econonics — AESC 2007 Revised 8/31107



EXHIBIT E-1 RI-N$

Leoelized
(2008-2040>
(2009-2040>
5 years (2008-12)
10 years (2008-17)
15 years (2008-22)
PV to 2008
PV to 2009

26.0 0,211
27.2 0.215
14,6 0.016
10,7 0.098
20.9 0.135

Notes:
1) Capacity price converted to $lkWtr at zonal on-peak summer load factor.
2) Projected environmental costs represent Costs that are not yet internalized. Susteinabitty Target — Allowance Price (internalized value) * Environmental Cost

-P I Cools ore in NominatE; Peak hours are: Monday through Friday 6am - 10pm; 00-Peak Hours are: All other hours.
-h ,cluden June through September; Vdnter is all other nronths.
~dnergy Enonondcs — AESC 2007

FCM phase-In
2010-51 60%
2511-12 80%
2012-13 100%
2013-14 100%

E-41
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AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOTE: Peak hears are: Monday through Friday 6am - 10pm; Off-Peak Heors are: Alt ether hears

Summer for energy values includes June through Septemberi Wioter is all ether months
All Cosls Include lnsses on the lSO-udndniotered Transmission System. OSM savings should include distribution and lucal transrtdssivn losses

Formatted for Input to OSM screening models

Units:

Period:

Wholesale Power Prine, t”-”ninal Dollars •“C~~

FCM Revenue
Additional CO2 Costs (not an avoided cost;
,J~~jjo’ ~~s~1_ do not addle avoided,s~)gL,,,,,, Avoided Costs before Adders and Inflation REC Costs ORtPEfortestutlati*rsin 2008 DRtPEforlnstatlalivnsin2009

On-Peak Annual CAP Annual . Annual

Peak Peak Peak Off-Peak June, July, December, Capacity Peak Peak Peak Off-Peak All Energy Peak Peak Peak Off-Peak Peak Peak Peak Off-Peak Market
Winter Winter Oft- Sommer Summer Summer: Winter: Summer Wider Winter Ott- Summer Summer Winter Winter Dl Summer Summer Market Wider Winter 0 Summer SummerMarket

CapacityCapacityCapacity
Energy Energy Energy Energy Aogost Janoary Valuer Energy Energy Energy Energy Vatoe Eeergy Energy Energy Energy Value Energy Energy Energy Energy Value

$lkWk $lkWh $lkWh SlkWh t~’t~lt 51kW-month SlkWh $lkWh StkWh $IkWk $lkWh 51kW-yr ~lkWk 51kW-yr $IkWh SlkWh SlkWh StkWh 51kW-yr $lkWh SlkWh $1kWh $lkWh 91kw-yr

0.037 0,036 0,041 0.040
0.038 0.037 0,042 0.041 9.5
0.037 0.036 0.041 0.040 10.9
0.038 0.037 0.042 0.041 21.2
0.039 0.038 0.043 0.042 28.9
0.035 0.034 0.039 0.038 29.6
0.034 0.034 0.039 0.037 30,4
0,034 0.033 0.037 0.036 31.1
0.033 0.032 0.037 0,036 31.9
0.032 0.032 0.036 0.035 32.7
0.031 0.031 0.035 0.034 33.5
0.030 0.030 0.034 0.033 34.4
0.029 0.029 0.033 0.032 35.2
0,028 0.020 0.032 0.031 36.1
0.028 0.026 0.031 0.030 37.0
0.028 0.027 0.031 0.030 37.8
0.029 0.020 0.032 0.031 38.9
0.029 0,029 ‘~ 0.032 39.9
0,030 0.030 0.034 0.033 40.8
0,031 0.030 0.034 0.033 41.9
0.032 0.031 0.035 0,034 42.9
0.032 0.032 ~ 0.035 44.0
0.033 0.033 0.037 0,036 45.1
0.034 0.033 0.038 0.037 46.2
0.035 0.034 0.039 0.030 47.4
0.036 0.035 0.040 0.039 48.6
0,037 0.036 0.041 0.040 49.8
0.038 0.037 0.042 0.041 51.0
0.039 0.030 0.043 0,042 52.3
0.039 0.039 0.044 0.043 53.6
0.040 0.040 0.045 0.044 54.9
0.041 0,041 0.046 0.045 68.3
5.043 . 0.047 0.046 57.7
0.044 0.043 0.049 0.047 59.2

8.034 0.033 0,836 0,037 34.7
0.034 0.033 0.038 0.037 36.2
0.037 0.037 0.042 0.040 19.5
0.035 0.035 0.039 0.038 25.0
0,034 0.033 0.038 0.036 27.8



EXHI JT-NS

Inflation
Retail Adder

Nonrinal Discount Rate
Capacity Losses: Generation to ISO Delivery

Zonat On-Peak Summer Lead Factor

0.004 0.003 0.007 0.003 11.0 0.007 0.005 0.011 0.005
0.004 0.803 0.006 0.002 11.9 0.007 0.006 0.012 0.005
0.026 0.020 0.043 0.017 66.8 0,025 0.020 0.043 0,017
0.013 0.010 0.022 0.009 38.0 0.014 0.011 0.024 0.010
0.009 0.007 0.014 0.006 20.4 0.011 0.008 0.018 0.007
0.119 0,094 0.201 0.080 326.2 0,116 0.092 0,197 0,079

0,122 0.096 0.206 0.082

2.5%
11%

4.8%
3.4%
66%

14.5
15.4
28.8
30.6
22.6
250.0
262.0

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOT!: Peak heurs are; Menday through Friday 6am - 10pm; Off-Peak Hours are: All other hears

Summer fur energy values includes Jane through September; Winter is all other months
All Costs include losses on the ISO-adrrinistered Transmission System. OSM savinfis should include distribution ond local transodsolon losses

Formatted for Input to DSM screening models

ELECTRIC AVOIDED COSTS
Wholesale Power Price. Nominal Dollars

Vermont DttlPEforlnslaltauo’sinZOnO DRlPEforlnstallations in 2009

Annual Annual , AnnualWinter Winter Off- Summer Summer Winter Winter Off- Summer Summer Winter Winter Off- Summer Summer
Market Market MarketPeak Peak Peak Off-Peak Peak Peak Peak Off-Peak Peak Peak Peak Off-Peak

Capacity Capacity CapacityEnergy Energy Energy Energy Value Energy Energy Energy Energy Value Energy Energy Energy Energy Value

$lkWh $:kWh S/kWh SlkWh 51kW-yr SlkWh S/kWh SlkWh $lkWh 5/kW-yrUnits:

Perind;
2007
2006
2009
2818
2811
2812
2813
2814
2818
2016
2017
2018
2019
2020
2021
2022
2023
2024
2825
2026
2027
2028
2029
2030
2831
2032
2033
2034
2035
2036
2037
2038
2039
2040

Leoolizud
(2508-2040)
(2089-2048)
5 years (2008-12)
10 years (2008-17)
15 years (2008-22)
PVto 2008
PVto 2009

SlkWh SlkWh $lkWh

0.086 0.071 0.097
0.109 0.082 0.101
0.105 0.001 0.105
0.107 0.080 0.106
0.103 0.077 0.107
0.107 0.080 0,112
0.106 0.076 0.113
0.111 0.079 0.116
0.112 0,060 0.120
0.116 0.085 0.125
0.124 0.090 0.131
0.123 0.090 0.132
0.124 0.089 0,137
0.131 0.095 0.144
0.138 0.098 0.152
0.144 0.102 0.150
0.150 0.106 0.164
0.156 0.110 0.171
0.162 0.115 0.170
0.169 0.115 0.185
0.175 0.124 0.192
0.162 0.129 0.200
0.190 0.134 0.200
0.197 0.140 0.216
0.205 0.145 0.225
0.213 0.151 0.234
0.222 0.157 0.243
0.231 0.163 0.253
0.240 0,170 0.263
0.249 0.177 0.273
0.250 0.184 0284
0.270 0.191 0.295
0.280 0.199 0.307
0.291 0207 0.310

0.147 0.106 0.157
0.149 0.107 0.161
0.106 0.050 0.106
0.109 0.051 0.112
0.115 0.084 0.121

SlkWh 51kW-yr

0.073 -

0.078 -

0.074 -

0.075 65.8
0.073 121.7
0.070 139.5
0.077 151,9
0.079 155.7
0.051 159.5
0.097 163.9
0.058 167.6
0.092 171.0
0.093 176.1
0.095 100.5
0.097 185.0
0.102 189.7
0.106 194.4
0.111 159.3
0.115 204.2
0.120 205.3
5.124 214.6
0.129 215.9
0.134 225.4
0.140 231.1
0.145 236.8
0.151 242.8
0.157 245.5
0.164 255.1
0.170 261.4
0.177 205.5
0.104 274.7
0.191 281.5
0.199 285.6
0.207 295.5

0.105 163.5
0.107 174.0
0.075 61.7
0.078 104.0
0.053 124.4

Notes:
1) Capacity price converted to S/k06r at zonul on-peak summer loud tudor.
2) Projected environmental costs represent costs thot are not yet internalized. Sustainability Target Allowance Price linlernaized valve) Environmental Cost

-All Avoided Costs are In NonunalS; Peak hours are: Monday through Friday 6am - 10pm: Ott-Peak Hours are: All vther hours.
-Sommer includes June throogh September; V/biter Is all other months.
Synapse Energy Ecnnorttcs—AESC 2007
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EXHIBIT El VT-NS

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOT!: Peak hours are: Monday through Friday 6am - 10pm; Otf4°eak Hours are: All other hours

Summer for energy values Includes June through Septemberl Winter is alt other months
All Gusts include losses on the lSO-udoinistored Transmission System. OSM savings should Include distribution and local trunsndssjon losses FCM phase-in

2010-11 60%
Formatted for input to DSM screening models 2011-12 00%

2012-13 100%
2012-14 100%

Levelized
(2000-2040) 0.034 0.034 0.030 0.037 39.7 20.8 8.100
(2009-2040) 0.034 0.034 0.030 0.037 40.7 30.5 0,202

years (2008-1 2) 0.037 0.037 0.041 0.040 20.0 15.0 0.015
10 years (2000-1 7) 0.035 0.034 0.039 0.038 28.0 19.5 0.092
l5years (2000-22) 0.033 0,032 0.037 0,036 29.4 22.0 0.127
PVto 2008
PV tu 2009

Notes:
1) Capocily price convetted to $lklMr at zonul on-peak summer load 1oct01.
2) Projected environmental costs represent costs that are net yet intemulized. Sustainukilily Target = Alluwonco Pdco (inletnalized value) * Environmental Gust

-Al’ I Costs are in NoninalS; Peak hoors are: Monday lhrcugh Friday 6am - 10pm; 08-Peak Hours are: All other hours.
-0, ;iodes June through September; Wntor Is all other months.
Sy tegyEco on s—AESC 2007
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peed, $IhWh $lkWh $lkWh $lkWh SibW.rnunth $YkWh $lkWh

Wholesale Power Price, Nominal Dollars nputs (Real 2007$)
FCM Revenue

Additional C02 Costs (nut an avoided cost;
,Jy~~,oro (~_. do out add to avoid’ .~it(a...... Avoided Costs betore Add=~s and mllarivn REC Costs DRIPS 1~’ notalluti sin 2008 DRIPEfv nstallatiees in 2009

On-Peak Annual ICAP Annual . Annual

Peak Peak Peak Offeak June, July, December, Capac~ Peah Peak Peak 0ff-Peak All Energy Peak Peak Peak Ofleak Peak Peak Peak Otfeak Market
Winter Winter Off- Summer Summer Summer: Winter; Winter Winter Ott- Summer Summer Winter Winter 01 Summer Summer Winter Wtnter 0 Summer SummerSummer Market Market

CapacityCapacity Capacity
Energy Energy Energy Energy August January value’ Energy Energy Energy Energy Value Energy Energy Energy Energy Value Energy Energy Energy Energy Value

$lkWh $lkWh $tkWh 91kW-yr rilkWh 91kW-yr $IkWh $IkWh $lkWh $IkWh 91kW-yr $lkWh $lkWh SlkWh $lkWh 51kW-yr
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2035
2036
2037
2038
2039
2040

.svelized
(2008-2040)
(2009-2040)
5 years (2008-1 2)
10 years (2008-17)
15 years (2008-22)
PV to 2008
PV te 2009

S/kWh 51kW-yr

tnflatio
Retail Adde

Narrunal Discount Rat
Capacity Losses: Generation to ISO Del/ye:

Zonal On-Peak Summer Load Facto

S/kWh S/kwh S/kwh

8.003 0.005 0,003 11.5 0.007 0.000 0.013 0.006
0.003 0.007 0.003 11.9 0.007 0.006 0.014 0.006
0.023 0.051 0.022 06.8 0.026 0.023 0.051 0.022
0,011 0.025 0.011 30.0 0.035 0.013 0.020 0.012
0,008 0.017 0.007 25.4 0.011 0.009 0.021 0.009
0.107 0.236 0,103 326.2 0.121 0.104 0.231 0.100

0.127 0.108 0.242 0.105

2.5%
10%

4.8%
3.4%
64%

14.5
15.4
28.6
30.6
22.6

250.0
262.0

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOT!: Peak hours are: Menday through Friday 6am - 10pm; Off-Peak Hears are; All ether hours

Summer for energy valoes toclades Jane through September; Winter is all ether mouths
All Costs include losses on the lSO-adndn:stered Transmission System. 135M savings should include disldhation and local lransnusslon losses

Formatted for Input to DSM screening models

ELECTRIC AVOIDED COSTS

Units:

Period:
S/kwh S/kwh

Wholesale Power Price, Nominal Dollars

Northeast Massaohosotts DRlPEt’~tnstallatin-,rln20f8 DRIPE for tnstallalIo—~ in 2009

Annual Annual AnnualWinter Winter Off- Summer Summer Winter Wiqlor Off- Summer Summer Winter Winter Off- Summer Summer
Market Market MarketPeak Peak Peak Off-Peak Peak Peak Peak Off-Peak Peak Peak Peak Off-Peak

Capacity Capacity
Energy Energy Energy Energy CapacityEnergy Energy Energy Energy Value Energy Energy Enorgy Energy Value Value

S/kwh 51kW-yr S/kWh S/kwh S/kwh 5/kWh S/kW-yr
S/kWh

0.094
0.108
0.104
0.106
0.104
0.187
0.104
0.108
0.110
0.117
8,122
0.122
0.125
0.130
0.135
0.142
0.147
0.153
0.159
0.166
0.172
0.179
0.166
0.194
0.202
0.2 10
0.218
0.227
0.236
0.245
0.255
0.265
0.276
0.287

0.145
0.147
0.406
0.108
8.114

0.105
0.106
0.078
0.079
0.883

0.159 0,103 162.3
0.162 0.105 172.3
0.106 0.078 61.0
0.113 0.878 183.0
0.121 0.882 123.1

0.004
0.004
0.027
0.0 13
0.009
0,124

Notes:
1) Capacity pdcn converted to 5/kWh at zonal on-peak summer load factor.
2) Projected enoiroornental costs reprosenl costs that are not yet inlernalized. Sustuinobili/y Target = Allowance Price Qnternalized oalae) * Environmental Cost

-All Avoided Costs are/n NorrunalS; Peak hours are: Monday through Fddoy 6am - 10pm; Off-Pack Hours are: Al/other hours.
-Summer/nc/odes June through Seplembor; lMnter Isa/luther months.
Synapse Energy Econonics — AESC 2007
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EXHIBIT E-1 NEMA-N$

Notes:
1) Capacity price converted to S/kwh at zonal on-peak summer load factor.
2) Projected environmental costs represent costs that are not yet internalized. Sustuivahility Target = Allowance Price (internalized oaloe)+ Environmental Cost

-P I Costs are in NoninaIS; Peak hoots are; Monday through Friday 6am - 10pm; Off-Peak Hours are: All other hours.
-S cludes June through September; V/Inter Is all other months.
Sys,.,...~/Inergy Economics — AESC 2007
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AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOTr: Peak hours are: Monday through Friday 6am - 10pm; Off-Peak Hours are; All other boors

Summer for energy values Includes June through September; Winwr Is all ether months
All Costs include losses on the ISO-administered Transmission Systom. OSM savlngoshould Include distribution and local lravsrrlssioo losses

Formatted for input to DSM screening models

FCM phase-tn
2010-11 60%
2011-12 80%
2012-13 100%
2013-14 100%

$lhWh S/kWh S/kWh S/kWh
51kW-
month

Wholesale Power Prioe, Nominal Dollars Inputs (Real 2007$)
FCM Revenue

Additional 002 Costs (nut an avoided cost;
,J~g~vre ~y~L donor odd to aootd Avoided Costr l-efureAdd~sandlnfla°vn REC Costs DRIPS for Installati sIn 2008 DRIPE for trrstatlath ~io 2089

On-Peak Annual ICAP Annual J Annual
Winter Winter Off- Summer Summer Summer; Winter: Winter Winter Off- Summer Summer Winter Winter 01 Summer Summer Winter Winter 0 Summer SummerSammer Market Market Market
Peak Peak Peak Off-Peak June, July, December, Capacity Peak Peak Peak Off-Peak Alt Energy Peak Peak Peak Off-Peak Peak Peak Peak Off-PeakCapacity Capacity

ValueEnergy Energy Energy Energy August January Valuer Energy Energy Energy Energy Value Energy Energy Energy Energy Value Energy Energy Energy Energy Capaoity

S/kWh S/kwh S/kWh $lkWh SlkWh 91kW-yr ~lkWh 51kW-yr S/kWh $IkWk S/kWh $lkWhUnits;

Period:
2007
2800
2809
2810
2011
2012
2813
2014
2016
2016
2017
2018
2019
2020
2021
2022
2023
2024
2025
2826
2027
2020
2029
2030
2031
2032
2033
2034
2035
2036
2037
2838
2039
2040

Levetized
(2008-2040)
(2009-2040)
5 years (2000-12)
18 years (2086-1 7)
15 years (2000-22)
PV to 2008
PV to 2009

51kW-yr 5/kWh S/kWh $lkWk SlkWh 51kW-yr

0,034 0,034 0.038 0.037 39.7
0,034 0.034 0.030 0,037 40.7
0.037 0,037 0.041 0.040 20,0
0.035 0,034 0.039 0.030 26.0
0.033 0,032 0.037 8.036 26.4

29.8 2.201
30.5 0.205
15.0 0.016
19.5 2.083
22.0 0.120

d/31/07



EXHIE EMA-N$

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NO~~ Peak hears are; Monday through Friday 6am - 10pm; 0ff-Peak Hours are: All other hours

Summer fur energy values includes June through September; Winter is all other months Inflation 25%
All Costs mclado losses on the lSO-adnnniotered Transmission Syotom. DSM savings should ioclode distribution aod local transndssion losses Retail Adde~ 10%

Noninal Discount Rat~ 4.8%Formatted for input to DSM screening models Capacity Losses: Generation to ISO Delivnr~ 3.4%

Zonal On-Peak Summer Load Fuclu~ 87%°~ °‘‘°‘ °“‘°“°~‘ COSTS

$lkWh S/kwh S/kwh

Wholesale Power Price, Nominal Dollars

Southeast_Massacr-rsetts DRlPEferlnstallatioosin~og8 DRIPE fur lnstallallo-~- in 2009

Annual Annual AnnualWinter Winter Ott- Summer Summer Winier Winter Off- Summer Summer Winter Winter Off- Summer Summer
Market Market MarketPeak Peak Peak Off-Peak Peak Peak Peak Off-Peak Peak Peak Peak Off-Peak

Capacity Capacity CapacityEnergy Enargy Energy Energy
Value Energy Enargy Energy Energy Value Energy Energy Energy Energy Value

S/kWh 01kW-yr $lkWh $lkWh 5/kwh $lkWh 51kW-yr S/kWh $lkWh SIkWh SlkWh 51kW-yr
Units:

Period:
2007
2800
2009
2010
2011
2012
2013
2014
2018
2016
2017
2018
2019
2020
2821
2022
2023
2024
2020
2026
2027
2020
2029
2030
2031
2032
2033
2034
2035
2036
2037
2030
2039
2040

LeveliZed
(2000-2040)
(2000-2040)
9 years (2008-1 2)
10 years (2000-17)
15 years (2000-22)
PVtn 2008
PV to 2009

0.142 0.102 0.155
0.144 0.104 0.100
0.104 0.077 0.103
0.106 0.070 0.100
0.111 0.082 0,116

0.101 162.3 0,009 0.007 0.015 0.006 18,9 0,000 0.007 0,014 0.006
0.103 172,3 0.008 0.050 0.014 0,006 20,1 0.009 0.007 0.015 0.006
0.072 61.0 0.032 0,025 0.055 0.022 63.4 0,031 0.025 0.054 0.022
0.075 103,0 0,018 0.014 0.031 0,013 35.0 0.010 0.014 0.030 0.012
0,079 123.1 0.013 0,010 0.023 0,009 29.5 0.013 0.010 0.022 0.000

0.147 0.115 0.253 0.103 326.2 0.144 0.112 0.247 0.100
0.150 0.118 0.209 0.105

14.5
15.4
20,0
30.6
22.6

250,0
262.0

Notes:
1) CapacIty price cunnejled to 5/hIAtt at zonol on-peak summer load factor.
2> Projected ennironmental costs represent costs that are not yet internalized. Sustainability Target Allowance Price (internalized value> * Environmental Cost

-All Avoided Casts are in NoninalS; Peak hours are: Monday through Fridoy 6am - 10pm; OS-Peak Hours urn; All Other hours.
-Summer includes Juno through Soptembor; I/doter Is all other months.
Syvapse Emnrgy Ecnnorrdcs — AESC 2007
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EXHIBIT E-1 SEMA-N$

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NO-Fr: Peak hours are: Monday through Friday ham - 10pm; Off-Peak Hours are: All other hours

Summer for energy values includes June through September; Winter Is all other months
All Costs Include losses on the ISO-administered Transmission System. DSM savings should Include disrnbulion and local transnlssiun losses

Formatted for Input to DSM screening models

0.034 0.033 0.036 0.037 34.7
0.034 0.033 0.038 0.037 36.2
0.037 0.037 0.042 0.040 19.6
0.035 0.035 0.039 0.038 25.0
0.034 0.033 0.036 0.036 27.8

5/kWh

-A~ Costs ore in NornonalS; Peak hours urn: Monday through Friday 6am - 10pm; Ot/-Puak Hours are: All other hours.
-Si ;ludes June through September; Vdnter is all other months.
Syrii~,,.,_nerg/i Econorrdcs — AESC 2007

FCM phase-in
2010-11 60%
201/-12 80%
2012-13 100%
3013-14 100%

E-47

i/31/07

s/kwh 5/kWh 5/kWh $IkWh

tenets tRout 2007Sf

9/6W-
month

wholesale Power Price, p’—minal Dollars
FCM Revenue

Additional C02 Costs Inot an avoided cost;
,J~ggj~ote below) do not add to avoided, SstsL, Avoided Costs hefore Add and inflation RECC05t_sts DRlPEforlnstallationsirt206_COB DRlPEforl6y~g~latioe5Jg~009

Winter Winter Off- Summer Summer Summer: Winter: On-Peak Wioter Winter Off- Summer Summer Annual ICAP Winter Winter Of Summer Summer Annual Winter Winter 01 Summer Summer Annual
Peak Peak Peak Off-Peak June, July December, St,mm~~ Peak Peak Peak Off-Peak Market All Energy Peak Peak Peak Off-Peak Market Peak Peak Peak Off-Peak Market

Energy Energy Energy Energy August January Capacity Energy Energy Energy Energy Capacity Energy Energy Energy Energy Capacity Energy Energy Energy Energy Capacity

S/kWh 5/kWh 9/kWh S/kWh 51kW-yr ~lkWh 51kW-yr 5/kWh 5/kWh 5/kWh 5/kWh
Units;

Period:
2007
20Sf
2009
2gb
2011
2012
2013
2014
2015
2816
2017
20/6
2019
2620
2021
2022
2023
2024
2026
2026
2027
2826
2029
2038
2n31
2632
2833
2034
2036
2036
2037
2636
2839
2040

Levelized
12008-20461
12009-20401
5 years 12006-12)
10 years 12006-171
15 years (2tgf_22)
PV to 2006
PM to 2009

91kw-yr 5/kWh 5/kWh S/kWh 5/kWh 51kW-yr
S/hW-month

7.2
6.2
10.6
21.7
222
22.6
23.3
23.9
24.5
25.1
25,8
26.4
27.1
27.8
26.4
292
29.9
30.6
31.4
322
33.0
33.8
34.7
35.5
36.4
37.3
36.3
39.2
40.2
412
422
43.3
44.4

26.0 0.225
27.2 0.229
14.6 0.017
/0.7 0.104
20.9 0.144

No/es:
1) Capaci/y price converted to S/k/Nh at zunal un-peak summer load factor,
2) Projected environmental costs represent costs that are nut yet internalized. Sustainabilily Target = Allowance Pnce //n/ernulized value) * Environmental Cost



EXHIE, DMA-N$

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOT!: Peak hours are: Monday through Friday Sam - 10pm; Off-Peak Hours are: All other hours

Summer for energy values includes June through September; Winter Is all other months
All Costs Include losses on Ihe ISO-adminislered Transmission System. DSM savings should include dislribution and local lransrndssion losses

Formatted for loput to DSM screening models

ELECTRIC AVIIIDFfl C(SOTs

Inflation
Rolail Addo,

Norronal Discount Rule
Capacily Losses: Generation to ISO Delivery

Zonal On-Peak Summer Loud Paulo,

Yenolesale Power Price,

eeeoe’.. oar mass: nusorm DRlPEf~rlostallatici-~jn 2008 DRIPE for Installations in 2009

Annual Annual AnnualWinter Winter Off- Summer Summer Market Winter Winter Off- Summer Summer Winter Winter Off- Summer Summer
Market MarketPeak Peak Peak Off-Peak Peak Peak Peak Off-Peak Peak Peak Peak Off-Peak

Capacity CapacityEnergy Energy Energy Energy Value Energy Energy Eoergy Energy Value Energy Energy Energy Energy Capacity
Value

0031
2032

0.143 0.105 0.150 0.104 162.3
0.145 0.107 0.156 0.005 172.3
0.105 0.080 0.104 0,075 61.0
0.100 0.000 0.110 0.070 103.0
0.113 0,084 0.119 8,002 123.1

0.007 0008 0.012 0.005 18.9 0,007 0.005 0.012 8.005
0.007 0.005 0.012 0.004 20,1 0.000 0.006 0.013 0.005
0.027 0:021 0.047 0.018 g3.4 0,027 0.021 0,04it 0.017
0.015 0012 5.026 0,010 39.0 0.015 0.011 0.026 5.010
0.011 0.009 0.019 0.007 29.5 0.011 0.008 0.019 0.007
0.125 0056 0.214 0.080 320.2 0.123 0.094 0.210 0.070

0,128 0,098 0220 0,002

14.5
15.4
28.8
3S.6
22.6

255.0
262.0

Units:

Period:

S/kWh $lkWh

2.5%
10%

4.8%
3,4%
60%

$lkWh S/kWh 51kW-yr 9/kWh StkWh SlkWh S/kWh 91kW-yr $lkWh S/kWh SlkWh S/kWh
51kW-yr

Levelized
(2008-2040)
(200u-2t4t)
5 years (2008-I 2)
10 years (2086-17)
15 years (2006-22)
PV to 2058
PV to 2009

Noles:
1> Capacity price converted to S/kVdi at zonul on-peak summer load factor.
2) Prolecled environmenlal cosls represent costs Ihut are not yet Inlervalized. Suslairtabulily Torgel Allowance Price ljnlernuhzed value> * Enuironmenlal Cost

-All Aooided Cosls are in NorrdnolS; Peak hours are: Monday lhrough Friday 6am - 10pm; Off-Peak Hours ore: All vISor hours.
-Summer iocludos June through Soplombor; ~‘4nler is all other moolhs.
Synapse Energy Econorrdcs — AESC 2007
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EXHIBIT E-1 WCMA-N$

Notes:
1) Capacity price converted to S/kWh at zonat on-peak summer toad factor.
2) Projected environmental costs represent Costs that are not yet internatized. Sustaloability Target Altowance Price (internalized value) * Environmental Cost

-A~ Costs are in Nonrtnal$; Peak hours ate: Monday through Friday 6am - 10pm; Off-Peak Hours are: Alt other hours.
-Si ;tudes Juno through September; Winter is all other months,
Syr~.,,,. _nergy Econonrtcs — AESC 2007
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AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOT!: Peak hours are: Monday throagh Friday Earn - 10pm; Ott-Peak Hours are: Alt ether hours

Summer for energy values Inctudes June through September; Wider Is alt other months
All Costs Include lnsses on the ISO.adrrdnlstered Transmisnlon System. DSM savings should include distribotinn and local transrrussinv losses

Formatted for input to DSM screeoiog models

FCM phase-in
2010-11 60%
2011-12 00%
2012-13 100%
2013-14 100%

$lkWh $lkWh $lkWh S/kWh month

Wholesale Power Privo, tu minal Dollars Inputs tReat 2007$)
FCM Revenue

Additional C02 Costs (not an avoided cost;
jyyygo’ ~yjyy~)_~ donut add to avoided, SWOL.. Avoided Cost: efore Add ~sand intlo’ re REC Costs DRIPE for Iosfallati”’s in 2008 , DRIPE for Installations in 2009

Winter Winter Off- Summer Summer Summer; Wioter; On-Peak Winter Winter Off- Summer Summer Annual CAP Winter Winter 0 Summer Summer Annual Winter Wioter Of Summer Summer Annual
Peak Peak Peak Off-Peak June, July December, ~ Peak Peak Peak Off-Peak Market AtI Energy Peak Peak Peak Ott-Peak Cd Peak Peak Peak Oft-Peak

Energy Energy Energy Energy August January v~l0e~ Energy Energy Energy Energy V~tuet’ Energy Energy Energy Energy ~ Energy Energy Energy Energy

$lhWh S/kWh $tkWh $lkWh $lkWh 91kW-yr ptkWh 91kW-yr $lkWh $lkWh $lkWh $lkWh 91kW-yr
Units;

Period;
2007
2008
200u
2018
2011
2812
2013
2814
2010
2016
2017
2818
2819
2020
2021
2022
2023
2824
2025
2026
2027
2028
2029
2030
2031
2032
2033
2034
2035
2036
2037
2038
2039
2040

Levetized
(2000-2040)
(2009-2040)
0 years (2008-12)
10 years (2008-17)
10 years (2008-22)
PV 102008
PV 10 2009

$lkWh S/kWh $lkWh S/kWh 51kW-yr
91kW-month

7.2
8.2
10.9
21.7
22.2
22.0
23.3
23.9
24.5
25.1
25.0
26.4
27.1
27.8
20.4
202
29.9
30.6
31.4
322
33.0
33.0
34.7
35.5
38.4
37.3
38.3
39.2
452
412
422
43.3
44.4

26.0 0.214
272 0,218
14.6 0.017
18.7 0.009
20.9 0.137

0.034 0.033 0.030 0.037 34.7
0.034 0.033 0.038 0.037 36.2
0.037 0.037 0.042 0.040 19.5
0.035 0.035 0.039 0.030 25.0
0.034 0.033 0.030 0,036 27.8



EXHIBIT -NEMA-N$

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOTE: Peak hours am: Monday through Friday 6am - 10pm; Off-Peak Heurs.are: All other hours

Summer fur energy values includes June through September; Winter is all other monthn Inflatior
All Costs include losses on the ISO-adnasistered Transmission System. DSM savings should Include distribution and local transmission louses Retail Adds

Norrenal Discount RateFormatted fur input te DSM screening models Capacily Losses: Generation to Iso Oelieer~

Zunal On-Peak Summer Load FactoELECTRIC AVOIDED COSTS

SIkWh $lkWh

2.5%
10%

4.8%
3.4%
59%

s/kWh

Wholesale Fewer Price, Nominal Dellars

M~’rsachusets eutsideot~ortheastW ~s DRlPEforIostatIatio~ie2Oog DRH’Ef Instaltatie hr2009

Annual Annual AnnualWinter Wintor Off- Summer Summer Winter Winter Off— Summer Summer Market Winter Winter Off- Summer Summer
Market MarketPeak Peak Peak Off-Peak Peak Peak Peak Off-Peak Peak Peak Peak Off-Peak

Capacity
Energy Energy Energy Energy Capacity CapacityEnergy Eoergy Energy Energy Value Value Energy Energy Energy Energy Value

S/kwh 5/kW-yr 5/kWh S/kWh S/kwh S/kWh 51kW-yr S/kWh S/kWh S/kwh S/kWh 51kw-yr
Units:

Period:
2007
2006
2009
2010
2011
2012
2013
2014
2015
2016
2017
2018
2019
2028
2021
2022
2023
2524
2525
2028
2027
2028
2029
2030
2031
2032
2033
2834
2835
2836
2037
2839
2039
2040

Leeetized
(2088-2040)
(2009-2040)
8 years (2086-12)
10 years (2008-1 7)
15 years IZuOt-22)
PV to 2000
PV to 2009

150
104
40

14.5
15.4
28.8
30.6
22,6

250.0
262.0

5.142 0.104 0.155 0.102 162.3 0.008 C.006 0.014 0.005 18.8 0,558 0.006 0.013 0,005
0.145 0.105 0.150 0.104 172.3 0.0S7 COOS 0.013 0.005 20,1 0.008 0.006 0.014 0.005
0.104 0.070 0.104 0.074 61.0 0.030 C.023 8.051 0.820 63.4 0.029 0.022 0.050 0.019
0.107 0.079 0.110 0.076 103.8 0.017 C,013 0.028 0.011 30.8 0.016 0.012 0.028 0.011
0.112 0.083 0.118 0.001 123.1 0.012 0,000 0.021 0.000 29,5 0.012 0.009 0,021 0.009

0.135 0.104 0,233 0.090 326.2 0.132 0.101 0.228 0.008
0.138 0.106 0239 0.092

Notes:
1) Capacity price converted to S/kwh at zonal on-peek summer load factor.
2) Projected 000ironmenlel nosts represent costs that are not yet internalized. Sustal-rability Taruot Allowance Price (internalized nalue) * Environmental Cost

-All Avoided Costs are in Norrrnul$: Peak hours are: Monday through Friday 6am - 10pm: Off-Peak Hours are: Alt other hears.
-Summer includes Jane through September: WInter is all other months.
Synapse Eoeruy Economics— AESC 2007
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EXHIBIT S-i non-NEMA-N$

LeveIizeO
(2008-2040)
(2009-2045)
5 years (2008-12)
10 years (2008-17)
15 years (2008-22)
PV to 2000
PV to 2009

$IkWh $lkWh

0.034 0.033 0.030 0.037 34.7
0.034 0.033 0,030 0.037 36.2
0,037 0,537 0.042 0.540 19.5
0,035 0.035 0.535 0.030 25.0
0.034 0.033 0,038 0.036 27.8

26.0 9.219
272 0,223
14.6 5.017
10.7 0.151
25.9 0.140

Notes:
1> CapacIty price converted to $lkVVli at zonat on-peak summer toad tactvr.
2> Projected environmental costs represent costs that are not yet Internalized. Sustairability Target Allowance Poce (internalized value> * Environmental Cost

-A Costs are in NoninalS; Peak hours are: Monday thtccgh Friday 6am - 10pm; Ott-Poak hours are: All other hours.
-S. clades June through September; WInter Is all other months.
Syna~.~4nergy Econorctcs — AESC 2007

FCM phase-in
2510-11 60%
2011-12 05%
2012-13 100%
2013-14 100%

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOTE: Peak hears are: Monday through Friday 6am - 10pm; Ott-Peak Hears ape: Alt other hears

Summer for energy vatues Includes June throogh September; Winter is all ether months
All Costs Include tosses on the ISO-adninistered Transmission System. OSM savings should Include distribuhun and local transnvsslon losses

Formatted for input te DSM screening modets

Units:
Pericd,

$IkWh $lkWh
51kW-

CikW-menth

Wholesale Power Price, t rninal Dollars Inpots (Real 2007$)
FCM Revenue

Additional CO2 Costs (not an avoided cast;
,jy~_ete~(~~L ,,~gJ~gt odd to avoid yts~_ . Avo(~g~Eusts~REC Costs — DRIPS for Installations in 2008 DRIPS for Installatir’s in 2509

On-Peak Annual ICAP Aenuat Annual
Winter Winter Off- Summer Summer Summer: Winter: Winter Winter Off- Summer Summer Winter Winter 0 Summer Summer Winter Winter Of Summer SummerSummer Market Market Market
Peak Peak Peak Off-Peak June, July, December, Capacity Peak Peak Peak Off-Peak All Energy Peak Peak Peak Off-Peak Peak Peak Peak Off-PeakCapacity

~ Capacity CapacityEnergy Energy Energy Energy August January Value’ Energy Energy Energy Energy Value Energy Energy Energy Energy Vatue Energy Energy Energy Energy Value

~ I$IhWk $lkWh $lkWh $lkWh $lkWh 51kW-yr ptkWh 51kW-yr $lkWh $IkWh $lkWh $IkWh 51kW-yr SIkWh $lkWh SlkWh $IkWh 51kW-yr

E-51
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EXHIE WCT-N$

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOTE: Peak hours are: Monday through Friday 6am - 10pm; Off-Peak Hours are: All other hours

Summer for energy values includes June through September; Winter Is alt other months Infation
All Costs include losses on the ISO-adninistered Transmission Syslem. DSM savings should Include dislributon and local lransnission losses Retail Adder

Nominal Discount RuleFormatted for input to OSM screening models Capacity Losses: Goneralion Ia ISO Deliaery

Zonal On-Poak Summer Load FactorELECTRIC AVOIIIFO COSTS

$lkWh $IkWh

2.5%
10%

4.8%
3.4%
60%

$IkWh

Wholesale Power Priue, Nominal Dollars

~enne~ont ~Ef,r ~allatla~00 ~allatic~ 2009

Annuat Annual AnnualWinter Winter Off- Summer Summer Winter Winter Off- Summer Summer Winter Winter Off- Summer Summer
Market Market MarketPeak Peak Peak Off-Peak Peak Peak Peak Off-Peak Peak Peak Peak Off-Peak

Energy Energy Energy Energy Capacity Capacity Capacity
Value Energy Energy Energy Energy Value Energy Energy Energy Energy Value

SlkWh 01kW-yr S/kWh $lkWh $lkWh S/kWh 51kW-yr S/kWh $lkWh S/kWhUnits:

Period:
2007
2008
2009
2010
2011
2012
2013
2014
2015
2016
2017
2018
2010
2020
2021
2022
2023
2024
2020
2026
2027
2028
2029
2030
2031
2032
2033
2034
2035
2536
2037
2038
2539
2040

Levetized
(2008-2040)
(2009-2040)
8 years (2008-12)
10 years (2008-17)
IS years (2000-221
PV to 2000
PV to 2009

81kW-yr

158
104
48

14.5
15.4
28.8
30.6
22,6

250.0
282.0

S/kWh

0.014
0.042
0.041
0.826

0.149 0.108 0.165 0.107 162.3 0,805 0.004 0,059 0.805 11.5 0,008 0.006 0,016 0.000
0,151 0.110 0.168 0.108 172.3 0,804 0003 8,009 0,804 11.0 0,050 0,007 0.017 0,009
0.111 0.003 0.114 0.070 61.0 0,030 0024 8.062 0.031 68,8 0.030 0.024 0.061 0.031
0.113 0.003 0.119 0.000 103.0 0.015 0012 0.031 0.016 30.0 0.017 0.013 0.034 0.017
0.118 0.006 0.127 0.004 123.1 0,010 0050 0.021 0.010 25.4 0.012 0.810 0.025 0.013

8.130 0112 0.200 0.145 326.2 0.135 0.189 0.200 0.142
0,142 0.114 0.294 0.149

Notes:
1) Capacity price converted to 8/k/Mr ut znnul on-peak summer load factor.
2) Projected 000lronmenlal Costs represent Costs that are vol yet internalized. Sustainabitty Target = Allowance Price linternalized value) + Environmental Cost

-All Avoldnd Casts are In NonInalS; Peek hours are: Monday through Fnday 6am - 10pm; Ott-Peak Hours are: All other hours.
-Summer includes June through September; Motor Is ull other months.
Synapse Energy Econon+cs — A8SC 2007
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EXHIBIT E-1 SWCT-N$

Notes:
1) Capacity price converted to $Ik00r at zonal en-peak summer toad factor.
2> Projected eovironmental costs represent Costs that are not yet internalized. Sustulnabilily Target Allowance Price ~nternalized value> * Environmental Cost

-P Costs ore In NominalS; Peak hours are: Monday through Friday 6am - 10pm: Oft-Poak Hours are: All other hours.
-S cludeS June through September; tMnter Is all other months.
Spy., ~nnrgy Econorrics .- AESC 2007

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOT!: Peak hears are: Monday through Friday 6am - 10pm; Off-Peak Hours ate: Alt ether hours

Summer for energy values includes June through September; Winter Is alt other menths
All Costs include losses on the ISO-adrrinislered Transmission System. DSM savings should include dislribahon and local transuission lussus

Formatted for opal to DSM screening models

FCM phase-iv
2010-11 60%
2011-12 80%
2012-13 100%
2013-14 100%

Wholesale Power Price, f’~-rrinal Dollars tputs tReat 2uol$)
FCM Revenue

Additional C02 Costs (not an avoided cost;
~~~ote j~(~_ donut addle avoided55g~y~_ Avoided Costs befnrn Add’, and Inflation REC Costs ORlPEfortnslallalinns in 2088 DfflPEfortnstatlatinns in 2006

On-Peak Annual ICAP Annual Annual
Winter Winter Off- Summer Summer Summer: Winter: Winter Winter Off- Summer Summer Winter Winter 01 Summer Summer Winter Winter 0 Summer Summer ISummer Market Market Market
Peak Peak Peak Off-Peak June, July, December, Capacity Peak Peak Peak Off-Peak All Energy Peak Peak Peak Off-Peak Peak Peak Peak Off-PeakCapacity Capacity Capacity

Energy Energy Energy Energy August January Valae’ Energy Energy Energy Energy valaa Energy Energy Energy Energy Value Energy Energy Energy Energy j Value

Units:

Period:
2007
2088
2009
2010
2811
2012
2013
2814
2019
2016
2017
2818
2019
2828
2021
2022
2023
2024
2025
2026
2027
2028
2029
2030
2031
2032
2033
2834
2036
2036
2837
2838
2039
2040

Levelized
(2008-2040)
(2009-2040)
5 years (2008-12)
It years (2000-1 7)
15 years (2000-22)
PV to 2008
PV to 2009

SIIIW- $lkWh $lkWh $lkWh $lkWh $lkWh StkW-yr ~lkWh $lkW-yr SlkWh SlkWh SlkWh $lkWtt $lkW-yr S/kWh SlkWh SlkWh S/kWh 91kw-yr
SlkWh S/kWh $tkWh S/kWh month 51kW-month

~7 ~6 ~1 ~0
~8 ~7 ~2 7.2
~7 ~6 ~1 ~0 8.2
~ ~2 ~1 15.9 0.009
~5 ~8 ~3 0.042 21.7 ~47
0.039 0.034 0.039 0,030 29.6 22,2 0168
~4 ~4 ~0 ~37 22.g ~3
0,834 0,033 0.036 31j 23.3 0:107
~3 ~2 ~7 0.006 ~9 23.9 ~2
~2 ~2 ~6 ~5 24.5 ~7
~1 ~1 ~5 ~4 25,1 ~
0.030 0.030 0.034 0.033 34.4 25.8 0,207
~9 ~9 ~3 ~2 26.4 ~
~8 ~8 ~2 0.001 27.1 ~
~9 ~0 ~ ~0 27.6 ~00
0,028 0.027 0.031 0,030 37.9 28.4 0:228
~9 ~0 0.001 29.2 ~34
~9 ~8 ~3 ~2 29.9 0045
~0 ~0 0034 ~3 ~ 30.6 0046
0.831 0,030 0.034 0.033 41.0 31.4 0252
0032 ~1 ~ 32.2 ~t
~2 ~2 ~6 ~35 33.0 ~5
0.033 0.033 0.037 0.036 40.1 33.8 0271
~4 ~3 ~0 ~37 34.7 ~78
~5 0034 ~9 ~0 ~ 35.5 ~85
~6 ~5 ~5 ~9 36A ~2
~7 ~6 ~1 ~ 37.3 ~00
~t ~37 ~2 ~1 38.3 ~07
0.039 0.030 0.043 0.042 52.3 39.2 0.315
~9 ~ ~4 ~3 40.2 ~23
~0 ~0 ~5 ~44 41.2 ~00
~1 ~1 ~6 ~5 42.2 ~9
0.043 0.042 8.047 0.046 577 43.3 0.348
~ ~ -~- -~- 44.4 0.356

0.034 0.034 0.030 0.037 39.7 28.9 0.213
0.034 0.034 0.030 0.037 40.7 30.5 0.217
0.837 0.037 0.041 0.040 20,0 15.0 0.016
0.035 0.034 0.039 0.030 26.0 19.5 0.099
0.033 0.032 0.037 0.036 29.4 22.0 0.136
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EXI- NS-N$

AESC Nominal Dollar Avoided Cost Results by Screening Zone
HOEr: Peak hours are: Monday through Friday 6am - 10pm; Off-Peak Hours are: All other hours

Summer for energy values Includes June through September; Winter Is all ether months lnllalio
All Costs Include losses on the ISO-adninislered Transmission Syslem. DSM savings should include distribution und local lransrrgssion losses Retail Adde

Nominal Discount RobFormatted fnr input to OSM screening models Capacity Losses: Generation Ia ISO Deliver

Zonal On-Peak Summer Loud FactoELECTRIC AVOttWn r~flOTu

S/kwh S/kWh

2,5%
10%

4.0%
3.4%
50%

S/kwh

Wholesale Power Price, Nominal Dollars

Nnrwalk$tamf—-d DRIPE for Installations in 2000 DRIPE for lnstallatio—- in 2009

Annual Annual AnnualWinter Winter Ott- Summer Summer Market Winter Winter Off- Summer Summer Winter Winter Off- Summer Summer
MarketPeak Peak Peak 0ff-Peak Peak Peak Peak Off-Peak Market Peak Peak Peak Off-Peak

Capacity Capacity CapacityEnergy Energy Energy Energy Value Energy Energy Energy Energy Value
Energy Energy Energy Energy Value

S/kwh S/kW-yr S/kwh S/kWh S/kWh S/kwh 8/kW-yr S/kwh S/kwh S/kwh S/kWh 81kW-yr
Units:

Period:
2007
2008
2009
2010
2011
2012
2013
2014
2018
2016
2017
2018
2019
2020
2021
2022
2023
2024
2028
2026
2027
2028
2029
2030
2031
2032
2033
2034
2035
2036
2037
2038
2039
2040

Levelized
(2008_2040)
(2009-2040)
0 years (2000-1 2)
10 years (2008-17)
18 years (2008-22)
PV to 2008
PV to 2009

0.150 0.108 0.174
0.152 0.110 0.177
0.113 0.083 0.522
0.114 0.083 0.126
0.119 0.087 0.134

0.107 162.3 0.009 0.006 0,017 0.006 18.9 0.008 0.000 0.016 0.008
0.108 172.3 0.007 0.006 0.016 0.008 20.1 0.008 0.007 0.017 0.009
0.080 61.0 0.030 2.024 0.063 0.032 63.4 0.030 0.024 0.061 0.031
0.081 103.8 0.017 0.014 5.035 5.018 39.9 0.017 0,013 0.034 0,017
0.085 123.1 0.013 5,010 0.026 0.013 20.5 0.012 0.010 0.025 0.013

0.138 5.112 0,286 0.145 326.2 0.135 0.109 0.280 0.142

0.142 0.114 0.204 0.149

14.5
15.4
28.8
30.6
22.6

250.0
262,0

Notes:
1) Capacity price convened to S/kVlh at zonol on-peak summor toad factor.
2) ProJected nnoironrcenlal costs represent cosls that are nd yel internalized, Sustainakiily Targel Allowance Price Jinteroa/znd value) * Environmental Cosi

-All Avoided Costs are/n Nonrsnul$; Peak hours are: Monday lhrough Friday 6am - 10pm: 0ff-Peak Hours are: All olher hours.
-Summer Includes June through Seplernher; Wctar Isa/I olher months.
Synopse Energy Economics — AESC 2007

E-54

Revised 8/31/07



EXHIBIT B-i NS-N$

Notes:
1> Capacity price converted to S/kIWi at zonal on-peak summer toad factor.
2> ProJected environmental costs represent costs that are not yet internalized. Sustainability Target = Allowance Price 5nternalized value) * Environmental Cost

-A Costs are In NorrdnalS; Peak hours are: Monday through Friday Earn - 10pm; Off-Peak Hours are: All other hours.
-S sludes June through September; Vdtnter Is all other months.
Syi nergy Econnmics—AESC 2007
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AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOT!: Peak hours are: Monday through Friday Barn - 10pm; Off.Peak Hours are: All ether hears

Summer fee energy valaes Includes June through September; Winter is all ether months

All Costs include losses on the ISO-administered TransmIssion System. DSM savings should include distribuhon and local traosndssion losses

Formatted for input ta DSM screening models

FCM phase-in
2010-it 60%
2011-12 80%
2012-13 100%
2013-14 100%

$thWh SlkWh $thWh $lkWh
51kW-
month

Wholesale Power Prioe, Fc mioal Dollars Inputs (Real 2007$>
FCM Revenue

Additional C02 Costs (not an avoided cost;
~y)00y),__ do net add to avoided yyy)yL_ Avoided CooP’ ireforeAdd.,s and inftati’~o REC Costs DRtPgforlostallatioosin200g DRlpEforlestallationsio200h

Winter Winter Off- Summer Summer Summer: Winter: Os-Peak Winter Winter Off- Summer Summer ~ ICAP Wioter Winter Of Summer Summer Annual Winter Winter Of Summer Summer Annual
Peah Peak Peak Off-Peak June, July, December, . Peak Peak Peak Off-Peak All Energy Peak Peak Peak Off-Peak Marhet Peak Peak Peak Off-Peak MarketCapacity Capacdy Capacity Capacity

Energy Energy Energy Energy August January Energy Energy Energy Energy yuan Energy Eeergy Energy Energy Value Energy Energy Energy Energy Value

S/kWh $lkWh 9/kWh S/kWh SlkWh 51kW-yr ≠lkWh 51kw-yr S/kWh S/kWh SlkWh 5/kWhUnits:

Period:
2007
2008
2008
2010
2011
2012
2813
2014
2015
2018
2017
2018
2018
2020
2021
2022
2023
2024
2025
2026
2027
2028
2029
2030
2031
2032
2033
2034
2035
2036
2037
2038
2039
2040

Lenolized

(2008-2046)
(2009-2040)
0 years (2008-12)
10 years (2008-17)
10 years (2808-22)
PV to 2008
PV to 2009

51kW-yr SlkWh SlkWh $lkWh 9/kWh 01kW-yr
BIi,Wmoonth

7.2
6.2
15.9
21.7
22.2
22.0
23.3
23.9
24.5
25.1
25,0
26.4
27.1
27.8
20.4
29.2
29.9
30.6
31.4
32.2
33,0
33.8
34.7
35.5
36.4
37.3
38.3
39.2
40.2
41.2
42.2
43.3
44.4

26.0 0.218
27.2 0.222
14,6 0,017
18.7 0.101
20.9 0.139

0.034 0.033 0.030 0.037 34,7
0.034 0.033 0.030 0.037 36.2
0,037 0.037 0.042 0.040 19.5
0.035 0.035 0.039 0.030 25.0
0.034 0.033 0.030 0.038 27.0



EXHIE W-NS-N$

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOTE: Peak hours are; Monday through Friday Sam - 10pm; 0ff-Peak Hours are: All other hours

Summer for energy values includes June through September; Winter is all other months Inflation
All Costs include lasses on the ISO-admtn:stered Transmission System. DSM saoinys should includn distribution and local transnission lossns Retail Addnr

Norrrinal Discount RateFormatted for input to DSM soreeniug models Capacity Lassos: Generation In ISO Delivery

Zonal On-Pouk Summer Load FactorELECTRIC AVOIDED COSTS

S/kWh

2.5%
10%

4.8%
3.4%
61%

s/kWh 0/kWh

Wholesate Power Price, Nominal Onltars

~h~onu~eooe ~k~d ~Efur~ltatI~ in 2000 ~Efnr~aItallops~gg9

Annual Annual AnnualWinter Winter Off. Summer Summer Winter Winter Off- Summer Summer Winier Wioter Off- Summer Summer
Market Market MarketPeak Peak Peak Off-Peak Peak Peak Peak Off-Peak Peak Peak Peak Off-Peak

Capacity Capacity CapacityEnergy Energy Energy Energy
Value Energy Energy Energy Energy Value Energy Energy Energy Energy Value

$IkWh 5/kW-yr $lkWh 5lkWh SlbWh SlkWh 01kW-yr SlkWk $lkWh $IkWh $ikWh
Units:

Period:
2007
2000
2000
2010
2011
2012
2013
2014
2010
2016
2017
2018
2010
2020
2021
2022
2023
2024
2028
2026
2027
2028
2829
2030
2031
2032
2033
2034
2030
2036
2037
2038
2039
2040

..evetized
12008-20401
(2009-20401
5 years (2008.121
10 years (2008.17)
15 years 12008-22)
PVto 2008
PV to 2009

51kW-yr

150
104
40

14.5
15.4
28.8
30.6
22.0

250.0
202.0

0.149 0.100 0.160 0.107 182.3 0.008 3,006 0.017 0.008 18.0 0,008 0.000 0.016 0.000
0.151 0.110 0.164 0.109 172.3 0,507 3,006 0.016 0,000 20.1 0.000 0.007 0.017 0.509
0.110 0.082 0.110 0.070 61.0 0.030 3.024 0.063 0.032 63.4 0.030 0.024 0.001 0.031
0.112 0.082 0.115 0.080 103.0 0.017 3.014 0.035 0,018 39.9 0.017 0.013 0.034 0.017
0.110 0.006 0.123 0.004 123.1 0.013 3.010 0.026 0.013 29.5 0.012 0.010 0.025 0.013

0.130 3.112 0.206 0.145 326.2 0.135 0.109 0.280 0.142
0.142 0.114 0.204 0.149

Notes:
1) CapacIty price c000erted to S/kWh at zonal un-peak summer load factor.
2) ProJected envIronmental costs represent 005ts that ore not yet internalized. Sustainab/ity Torget Allowance Price (internalized value) * Enviroomental Cost

-All Avoided Costs are in NominatE; Peek hours era: Monday through Friday 6cm - 10pm: Off-Peak Hours ore: All othur hours.
-Summer Includes June through September; Water is all other months.
Synapse Energy Econon-ics — AESC 2007
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EXHIBIT E-1 SW-NS-N$

-A Costs are in Norctnais; Peak hours are: Monday through Friday 6am - 10pm; Off-Peak Hours ore: All other hours,
-s :iudes June through September; Wnter Is oil other months,
Syr.,,~nertly Ec000rctcs — AESC 2007

AESC Nominal Dollar Avoided Cost Results by Screening Zone~
NOTr: Peak hours are: Monday through Friday Gem - 10pm; Off-Peak Hours are: Att other hours

Summer fur energy oatues Includes June through September; Winter is all other months
All Costs include tosses on the iSO-admInistered Transmission System. DSM suoingsshouid include distribution and iocai lransnission losses

Formatted for Input tn DSM screening models

FCM phase-in
2010-11 60%
2011-12 00%
2012-13 100%
2013-14 100%

$IkWh $ikWh $ikWh $ikWh month

Wheiesaie Power Price, P r-minal Oullans fr,puts (Real 28070(
FCM Revenue

Additional CO2 Costs (net an avoided cost;
,~ole~(( dune’ addle avoldr ~ II’ ~ldedCosl ‘netore Add~ and inflam,n REC Costs ORIPE for Inslaltatiens in 2000 t3R(PE for lnstaltutivrs in 2009

On-Peak Annual ICAP Annual Annual
Winter Winter Off- Summer Summer Summer: Winter: Winter Winter Off- Summer Summer Winter Winter Of Summer Summer Market Winter WinIer 01 Summer SummerSummer Market Market
Peak Peak Peak Off-Peak June, July, December, Capacity Peak Peak Peak Off-Peak A0 Energy Peak Peak Peak Off-Peak Peak Peak Peak Off-Peak CapacityCapacity Capacity

Energy Energy Energy Energy August January Value’ Energy Energy Energy Energy Value Energy Energy Energy Energy Value Energy Energy Eoergy Energy Value

$lkWh SIkWh SIkWh $ikWh $ikWh 91kW-yr ~ikWh 91kW-yr S/kWh $ikWh 9/kWh 5/kWhUnits:

Period:
2007
2000
2009
2010
2011
2012
2013
2014
2015
2016
2017
2010
2019
2020
2021
2022
2023
2024
2025
2026
2027
2020
2029
2030
2031
2032
2033
2034
2039
2036
2037
2030
2039
2040

Levelized
(2009-20401
(2009-2040)
5 years (2000-I 2)
10 years (2006-1 7(
15 years (2000-221
PV to 2000
PV to 2009

$ikW-yr S/kWh S/kWh $ikWh 5/kW-yr
61kW-month

7.2
0.2
15.9
21.7
22.2
22.8
23.3
23.9
24.5
25.1
25.8
26.4
27.1
27.0
20,4
282
29.9
30.6
31 A
32.2
33.0
33.8
34.7
35.5
39.4
37.3
38.3
392
402
412
422
43.3
44.4

26.0 0.211
272 6.215
14.6 0.016
18.7 0,090
20.9 0.135

0.034 0.033 0.038 0.037 34.7
0.034 0.033 0.030 0.037 36.2
0,037 0.837 0.042 0.040 19.5
0.035 0.035 0.039 0.035 25.0
0.S34 0.033 0.039 0.036 27.0

Notes:
1) Capacity price converlnd to S/k//rim al zonul on-peak summer toad factor.
2) Projected onoironmentui costs represenl costs that are not yet inlemahzed. Sustaiqability Target Allowance Price (iniemna/zed value) * Environmental Cost

$ikWh

0.51~6
0.051
0.050
0.030
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EXHIBI1 -SWCT-N$

AESC Nominal Dollar Avoided Cost Results by Screening Zone
N0Tr: Peak hours are; Monday through Friday 6am - 10pm; Ott4’eak Hours are: All other hours

Summer for energy Values includes June through September; Winter is all other montho Intlatlor
All Costs Include losses on the ISO-adn4n:stered Transnrisvivn System, DSM savings should include dislribution and local transmission losses Retail Adde

Nominal Discount RubFormatted for input to OSM screening models Capacity Losses’ Generation to ISO Deliveri

Zonal On-Peak Ssmmer Load FactoELECTRIC AVOIIIFO COSTS

vuno:esate i’ower Price, Nominal Dollars

2.5%
10%

4.0%
3.4%
65%

Cnuntinuto-00)~00~tj~,-..,,stCuneeo~-ut GRIPE 0 lnstallatiu 02000 DRlPEhtnstaltatii 02009

Annual Annual AnnualWinter Winter Off- Summer Summer Winter WInter Off- Summer Summer Winter Winter Off- Summer Summer
Market Market MarketPeak Peak Peak Oft-Peak Peak Peak Peak Off-Peak Peak Peak Peak Off-Peak

Capacity CapacityEnergy Energy Energy Energy Value Energy Energy Energy Energy Capanity Energy Energy Energy Energy
Value Value

S/kwh $IkWh 51kW-yr $lkWh $IkWh $lkWh S/kwh 51kW-yr S/kWh $IkWh SlkWh S/kWh 51kW-yrUnits:

Period:
2007
2008
2009
2010
2011
2012
2013
2014
2015
2016
2017
2018
2019
2020
2021
2022
2023
2024
2025
2026
2027
2028
2029
2030
2031
2032
2033
2034
2035
2036
2037
2038
2039
2040

Levelized
(2008-2040)
(2008-2040)
5 years (2008-12)
10 years (2008-17)
10 years (2008-22)
PV 102008
PV 102009

SlkWh s/kWh

0,099 0,072
0,113 0,084
0.108 0,083
0.100 0.000
0.106 0,078
0.110 0.081
0,107 0.076
0.111 0.078
0,111 0,080
0.115 0.004
0.123 0.089
0.124 0.091
0,125 COOl
0.131 0,097
0.135 0,099
8.144 0.103
0.149 0.107
0.155 0,112
0.161 0.116
0_too 0.121
0.174 0.125
0,181 0.130
0.109 0.136
0.106 0.141
0,204 0.147
0,212 0.153
0,221 0.159
0.229 0,165
0,239 0.172
0,240 0.178
0,258 0.196
0,268 0.193
0279 0201
0,290 0.205

0,147 0.107
0.149 0.108
0.109 0,001
0.111 0,081
0,116 0,005

0.162 0.105 162,3 0,008 0,006 0,017 0,008 18.9 0.008 0.009 0.018 0,000
0,165 0,106 172,3 0.007 0.006 0,016 0.008 20.1 0.008 0.007 0,017 0.008
0.112 0,078 81.0 0,035 0,524 0,063 0,032 63.4 0.030 0.024 0.061 0,031
0.117 0,079 103,8 0.017 0,014 0,035 0.018 39.9 0.017 0.013 0.034 0.017
0.124 0.083 123.1 0.013 0.010 0.026 0.013 29.5 0.012 0.010 0.025 0.013

0.138 0.112 0,286 0.145 326.2 0.135 0.105 0,280 0,142
0.142 0,114 0,294 0.149

14.5
15.4
28.8
30.6
22.6

250,0
262.0

Notes:
1) Capacity price converted to S/kWh at zonul on-peak summer load factor.
2> Projncted environmental costs represent costs thut ore not yet loternalized. Soslulrab/lily Target = Allowance Price fnternalized value) • Environmental Cost

-Alt Avoided Costs are lv NorrinalS; Peak hours are: Monday lhruugh Friday 6am - 10pm; Off-Peak Hours eve: All other hours.
-Summer Includes June lhrvugh Septemker; Wnter is all other months.
Synapse Energy Economics — AESC 2007
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EXHIBIT B-i non-SWCT-N$

Notes:
1) Capacity price converted to S/kwh at zonal on-peak summer toad factor.
2) Projected enoironrnental costs represeot costs that are not yet internalized. Sustanaldlily Target Allowance Ptice Onlernahzed oalue) * Enorronmenlal Cost

-A Costs are in NonrtnalS; Peak hoors arc: Monday through Friday 60w - 10pm; OIl-Peak Floors are: All other hours.
-S., ~ludes Jooe through September: %Inter Is all other months.
Syr~.~~nergy Econonrics — ABSC 2007
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AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOTE: Peak hoars are: Monday through Friday ham - 10pm; Off-Peak Hours are: All other hoars

Sammer for energy nalaes includes June through September; Winter Is all other months
All Costs include losses on the lSO.adndnistered Transmission System. DSM savings should inc/ada distribution and local lransrwsslan losses

Formatted far inpat to DSM screening models

S/kWh

FCM phase-in
20t0-11 60%
2011-12 80%
2012-13 100%
2013-14 150%

S/kWh 9/kWh $lkWh month 9/kW-manth

Wholesale Power Price, Nominal Dollars Inputs IReaf 200791
FCM Revenue

Additional C02 Costs (not an avoided cost;
~~ do nut add to avold~’y~)yj_. Acnided Cost’ eforeAdd~”sandinflzf rn ‘lEO Costs DRIPE for Instatations in 2008 DRIPE for Installations in 2009

On-Peak Annual CAP Annual Annual
Winter Winter Off- Summer Summer Summer: Winter: Winter Winter Off- Summer Summer Winter Winter Of Summer Summer Winter Winter Of Summer SummerMarket MarketSummer Market

Capacity All Energy Peak Peak Peak Off-Peak Peak Peak Peak Off-PeakPeak Peak Peak Ott-Peak June, July, December, Capacfty Peak Peak Peak Off-Peak Capacity
Energy Energy Energy Energy August January Value’ Energy Energy Energy Energy Value Energy Energy Energy Energy Value Energy Energy Energy Energy CapacityValue

S/kWh $lkWh 9/kWh 9/kWh 91kW-yr ptkWh 91kW-yr S/kWh 9/kWh S/kWh 9lkWhUnits:

Period;
2007
2008
2009
2010
2011
2012
2013
2014
2018
2816
2817
2018
2019
2020
2021
2022
2023
2024
2025
2026
2027
2028
2029
2030
2031
2032
2033
2034
2035
2036
2037
2038
2839
2040

Leoelized
(2008-2040)
(2009-2040)
8 years (2008-12)
10 years (2088-17)
15 years (2008-22)
PV to 2008
PV 00 2009

91kW-yr S/kWh 5/kWh 5/kWh S/kWh 5/kW-yrS/kwh

5.079
0.147
0.160
0,183
0.187
0.192
0.197
0,202
0,207
0212
0.21 7
0.223
8.228
0,234
0.240
0.246
0.252
0.250
3,265
2,271
2,278
0.285
0.292
0.300
2.307
0.315
0.323
0.331
0.339
0,348
0.356

8.213
0.217
0.016
‘0.099
0.136

0.034 0.033 0.038 0.037 34.7 26.0
0.034 0.033 0.030 0.037 36.2 27.2
0.037 0.037 0.042 0.040 19.5 14,6
0.035 0.035 0.039 0.038 25,0 10.7
0.034 0.033 0.038 0.036 27.8 20.9



Exhibit F-i Constant$

Appendix F - New England Average Price Forecast of Other Fuel Prices by Sector
(New as of 8131107)

New England Average Price Forecast of Other Fuel Prices by Sector (2007$)

Notes
1 Based on adjusted AEO 2007 forecast for New England.
2 Adjusted AEO Electrical sector forecast
3 Based on historic price difference relative to Distillate.
4 Based on adjusted AEO 2007 forecast for New England.
5 Based on historic price difference relative to Distillate.
6 No premium or discount assigned for biofuels.
7 Based on historic relationship with distillate prices.

Levelized with a real discount rate of: 2.22%

N 2 N 2 No.6
Fuel ° Residual Fuel No. 4 Fuel Oil Propane Kerosene BioFuel BioFuel Wood

Distillate Distillate
< 1% Sulfur

Market Retail Retail Retail Retail Retail Retail Retail
Sector Residential Commercial Commercial Commercial Residential Res & Corn B5 Blend 820 Blend Residential
Notes 1 1 2 3 4 5 6 6 7
Year $/MMBtu $/MMBtu $/MMBtu $/MMBtu $/MMBtu $/MMBtu $/MMBtu $/MMBtu $IMMBtu
2007
2008
2009
2010
2011
2012
2013
2014
2015
2016
2017
2018
2nlq

15.84
16.43
16.05
15.58
15.10
14.67
14.22
14.03
14.10
14.16
14.29
14.42
1455

13.97
14.49
14.15
13.74
13.32
12.94
12.54
12.37
12.43
12.49
12.60
12.72
12 5~

9.46
9.82
9.59
9.31
9.03
8.77
8.50
8.38
8.42
8.46
8.54
8.62
~ Ag

11.71
12.15
11.87
11.52
11.17
10.85
10.52
10.38
10.43
10.47
10.57
10.67
in 75

26.81
28.76
28.97
29.43
29.71
30.08
29.61
29.63
29.55
29.60
29.85
29.76
2g A~

16.47
17.09
16.69
16.20
15.71
15.26
14.79
14.60
14.66
14.73
14.86
15.00
15 i:~

15.84
16.43
16.05
15.58
15.10
14.67
14.22
14.03
14.10
14.16
14.29
14.42
1455

15.84
16.43
16.05
15.58
15.10
14.67
14.22
14.03
14.10
14.16
14.29
14.42
1455

5.67
5.88
5.75
5.58
5.41
5.26
5.09
5.03
5.05
5.07
5.12
5.17
521

2020
2021
2022
2023
2024
2025
2026
2027
2028
2029
2030
2031
2032
2033
2034
2035
2036
2037
2038
2039
2040

14.68
14.88
15.07
15.27
15.46
15.66
15.79
15.92
16.05
16.18
16.31
16.48
16.64
16.81
16.98
17.15
17.32
17.49
17.67
17.84
18.02

12.95
13.12
13.29
13.47
13.64
13.81
13.92
14.04
14.16
14.27
14.39
14.53
14.68
14.82
14.97
15.12
15.27
15.42
15.58
15.73
15.89

8.77
8.89
9.01
9.12
9.24
9.36
9.44
9.51
9.59
9.67
9.75
9.85
9.94
10.04
10.14
10.25
10.35
10.45
10.56
10.66
10.77

10.86
11.00
11.15
11.30
11.44
11.58
11.68
11.78
11.87
11.97
12.07
12.19
12.31
12.43
12.56
12.68
12.81
12.94
13.07
13.20
13.33

29.80
29.67
29.82
29.97
30.01
30.02
30.05
30.15
30.31
30.41
30.45
30.75
31.06
31.37
31.68
32.00
32.32
32.64
32.97
33.30
33.63

15.27
15.47
15.68
15.88
16.09
16.29
16.42
16.56
16.70
16.83
16.97
17.14
17.31
17.48
17.66
17.83
18.01
18.19
18.38
18.56
18.74

14.68
14.88
15.07
15.27
15.46
15.66
15.79
15.92
16.05
16.18
16.31
16.48
16.64
16.81
16.98
17.15
17.32
17.49
17.67
17.84
18.02

14.68
14.88
15.07
15.27
15.46
15.66
15.79
15.92
16.05
16.18
16.31
16.48
16.64
16.81
16.98
17.15
17.32
17.49
17.67
17.84
18.02

5.26
5.33
5.40
5.47
5.54
5.61
5.66
5.70
5.75
5.80
5.84
5.90
5.96
6.02
6.08
6.14
6.20
6.26
6.33
6.39
6.45

Levelized
(2008-2040) 15.61 13.77 9.33 11.55
(2009-2040) 15.58 13.74 9.31 11.52
5years(2008-12) 15.59 13.74 9.31 11.53
10 years (2008-17) 14.91 13.15 8.91 11.03
lsyears(2008-22) 14.85 13.10 8.87 10.99

30.29 16.24 15.61 15.61 5.59
30.36 16.20 15.58 15.58 5.58
29.37 16.21 15.59 15.59 5.58
29.50 15.51 14.91 14.91 5.34
29.58 15.45 14.85 14.85 5.32

New as of 8/31/07
F-i



Exhibit F-2 Nominal$

1 Based on adjusted AEO 2007 forecast for New England.
2 Adjusted AEO Electrical sector forecast
3 Based on historic price difference relative to Distillate.
4 Based on adjusted AEO 2007 forecast for New England.
5 Based on historic price difference relative to Distillate.
6 No premium or discount assigned for biofuels.
7 Based on historic relationship with distillate prices.

Levelized with a nominal discount rate of: 4.78%

New England Average Price Forecast of Other Fuel Prices by Sector (Nominal$)

N 2 N 2 No.6
Fuel . ° Residual Fuel No.4 Fuel Oil Propane Kerosene BioFuel BioFuel WoodDistillate Distillate

< 1% Sulfur

Market Retail Retail Retail Retail Retail Retail Retail
Sector Residential Commercial Commercial Commercial Residential Res & Corn B5 Blend B20 Blend Residential
Notes 1 1 2 3 4 5 6 6 7
Year $/MMBtu $/MMBtu $/MMBtu $/MMBtu $/MMBtu $/MMBtu $/MMBtu $/MMBtu $/MMBtu
2007 15.84 13.97 9.46 11.71 26.81 16.47 15.84 15.84 5.67
2008 16.84 14.85 10.06 12.46 29.47 17.52 16.84 16.84 6.03
2009 16.86 14.87 10.07 12.47 30.43 17.54 16.86 16.86 6.04
2010 16.77 14.79 10.02 12.41 31.69 17.45 16.77 16.77 6.01
2011 16.67 14.70 9.96 12.33 32.79 17.34 16.67 16.67 5.97
2012 16.60 14.64 9.9~ 12.28 34.03 17.27 16.60 16.60 5.95
2013 16.49 14.54 9.86 12.20 34.33 17.16 16.49 16.49 5.91
2014 16.68 14.71 9.97 12.34 35.22 17.35 16.68 16.68 5.97
2015 17.17 15.14 10.26 12.70 36.00 17.86 17.17 17.17 6.15
2016 17.68 15.59 10.57 13.08 36.97 18.39 17.68 17.68 6.33
2017 18.29 16.13 10.93 13.53 38.21 19.03 18.29 18.29 6.55
2018 18.92 16.69 11.31 14.00 39.05 19.68 18.92 18.92 6.78
2019 19.57 17.26 1169 14.47 39.93 20.35 19.57 19.57 7.01
2020 20.24 17.85 12.09 14.97 41.08 21.05 20.24 20.24 7.25
2021 21.02 18.54 12.56 15.55 41.93 21.86 21.02 21.02 7.53
2022 21.83 19.25 13.04 16.15 43.19 22.71 21.83 21.83 7.82
2023 22.67 19.99 13.55 16.77 44.48 23.58 22.67 22.67 8.12
2024 23.53 20.75 14.06 17.40 45.66 24.48 23.53 23.53 8.43
2025 24.43 21.54 14.60 18.07 46.81 25.41 24.43 24.43 8.75
2026 25.24 22.26 15.08 18.67 48.04 26.26 25.24 25.24 9.04
2027 26.09 23.01 15.59 19.30 49.41 27.14 26.09 26.09 9.35
2028 26.96 23.77 16.11 19.94 50.91 28.04 26.96 26.96 9.66
2029 27.86 24.56 16.65 20.61 52.35 28.98 27.86 27.86 9.98
2030 28.79 25.39 17.20 21.29 53.72 29.94 28.79 28.79 10.31
2031 29.80 26.28 17.81 22.04 55.62 31.00 29.80 29.80 10.67
2032 30.85 27.21 18.44 22.82 57.58 32.09 30.85 30.85 11.05
2033 31.94 28.17 19.09 23.63 59.61 33.22 31.94 31.94 11.44
2034 33.07 29.16 19.76 24.46 61.71 34.39 33.07 33.07 11.84
2035 34.23 30.19 20.45 25.32 63.88 35.61 34.23 34.23 12.26
2036 35.44 31.25 21.18 26.21 66.14 36.86 35.44 35.44 12.69
2037 36.69 32.35 21.92 27.14 68.47 38.16 36.69 36.69 13.14
2038 37.98 33.49 22.69 28.09 70.88 39.51 37.98 37.98 13.60
2039 39.32 34.67 23.50 29.08 73.38 40.90 39.32 39.32 14.08
2040 40.71 35.90 24.32 30.11 75.97 42.34 40.71 40.71 14.58

Levelized

Notes

(2008-2040) 22.04 19.43 13.17 16.30 42.76 22.92 22.04 22.04 7.89
(2009-2040) 22.36 19.72 13.36 16.54 43.58 23.26 22.36 22.36 8.01
5 years (2008-12) 16.76 14.78 10.01 12.39 31.58 17.43 16.76 16.76 6.00
10 years (2008-17) 16.96 14.96 10.14 12.55 33.56 17.64 16.96 16.96 6.08
15 years (2008-22) 17.81 15.71 10.64 13.18 35.47 18.53 17.81 17.81 6.38

New as of 8/31/07
F-2
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Preface 

The Annual Energy Outlook 2008 (AE02008), pre­
pared by the Energy Information Administration 
(EIA), presents long-term projections of energy 
supply, demand, and prices through 2030. The pro­
jections are based on results from EIA's National 
Energy Modeling System (NEMS). EIA published an 
"early release" version oftheAE02008 reference case 
in December 2007; however, the Energy Independ­
ence and Security Act of2007 (EISA2007), which was 
enacted later that month, will have a major impact 
on energy markets, and given the year-long life of 
AE02008 and its use as a baseline for analyses of 
proposed policy changes, EIA decided to update the 
reference case to reflect the provisions ofEISA2007. 

The report begins with an "Overview" summarizing 
the AE02008 reference case and comparing it with 
the Annual Energy Outlook 2007 (AE02007) refer­
ence case. The Overview also includes a section that 
provides a comparison between the AE02008 re­
leased in December and the current version. The next 
section, "Legislation and Regulations," discusses 
evolving legislation and regulatory issues, including a 
summary of recently enacted legislation, su~h as 
EISA2007, and provides an update on the handling of 
aspects of previously enacted legislation, such as the 
loan guarantee program set up by Title XVII of the 
Energy Policy Act of2005 (EPACT2005). This section 
also provides a summary of State renewable fuel re­
quirements and emissions regulations and a discus­
sion of how selected Federal fuel taxes and tax credits 
are handled inAE02008. 

The "Issues in Focus" section includes discussion of a 
scenario under which electricity generation options 
other than natural gas are restricted and natural gas 
supply is limited; the competitive factors that influ­
ence imports of liquefied natural gas (LNG); and the 

Projections in AE02008 are not statements of what 
will happen but of what might happen, given the 
assumptions and methodologies used. The projections 
are business-as-usual trend estimates, given known 
technology and technological and demographic trends. 
AE02008 assumes that current laws and regulations 
are maintained throughout the projections. Thus, the 
projections provide a policy-neutral reference case that 
can be used to analyze policy initiatives. 

Because energy markets are complex, models are 
simplified representations of energy production 
and consumption, regulations, and producer and 
consumer behavior. Projections are highly dependent 
on the data, methodologies, model structures, and 
assumptions used in their development. Behavioral 

implications of changing the basis for measuring 
heating and cooling degree-days. It also discusses the 
implications of uncertainty in energy project costs 
and the basis of the world oil price and production 
trends in AE02008. 

The "Market Trends" section summarizes the pro­
jections for energy markets. The analysis inAE02008 
focuses primarily on a reference case, low and high 
economic growth cases, and low and high energy price 
cases. Results from a number of other alternative 
cases are also presented, illustrating uncertainties as­
sociated with the reference case projections for en­
ergy demand, supply, and prices. Complete tables for 
the five primary cases are provided in Appendixes A 
through C. Major results from many of the alterna­
tive cases are provided in Appendix D. 

AE02008 projections are based on Federal, State, 
and local laws and regulations in effect on or before 
December 31, 2007. The potential impacts of pending 
or proposed legislation, regulations, and standards 
(and sections of existing legislation that require im­
plementing regulations or funds that have not been 
appropriated) are not reflected in the projections. 

In general, historical data used in the AE02008 pro­
jections are based on EIA's Annual Energy Review 
2006, published in June 2007. Other historical data, 
taken from multiple sources, are presented for com­
parative purposes; documents referenced in the 
source notes should be consulted for official data 
values. 

AE02008 is published in accordance with Section 
205c of the Department of Energy (DOE) Organiza­
tion Act of 1977 (Public Law 95-91), which requires 
the EIA Administrator to prepare annual reports on 
trends and projections for energy use and supply. 

characteristics are indicative of real-world tendencies 
rather than representations of specific outcomes. 

Energy market projections are subject to much uncer­
tainty. Many of the events that shape energy markets 
are random and cannot be anticipated. In addition, 
future developments in technologies, demographics, 
and resources cannot be foreseen with certainty. 
Many key uncertainties in the AE02008 projections 
are addressed through alternative cases. 

EIA has endeavored to make these projections as 
objective, reliable, and useful as possible; however, 
they should serve as an adjunct to, not a substitute for, 
a complete and focused analysis of public policy 
initiatives. 

ii Energy Information Administration I Annual Energy Outlook 2008 
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Overview 

Energy Trends to 2030 

In preparing projections for AE02008, EIA evaluated 
a wide range of trends and issues that could have ma­
jor implications for U.S. energy markets between to­
day and 2030. This overview focuses on one case, the 
reference case, which is presented and compared 
with the AE02007 reference case (see Table 1). 
Readers are encouraged to review the full range of 
alternative cases included in other sections of 
AE02008. 

As in previous editions of the Annual Energy Outlook 
(AEO), the reference case assumes that current poli­
cies affecting the energy sector remain unchanged 
throughout the projection period. The reference case 
provides a clear basis against which alternative cases 
and policies can be compared. Although current laws 
and regulations may change over the next 25 years, 
and new ones may be created, it is not possible to 
predict what they will be or how they will be imple­
mented [1]. 

EIA published an "early release" version of the 
AE02008 reference case in December 2007. Later 
that month, EISA2007 was enacted. The provisions in 
EISA2007 will have a major impact on energy mar­
kets, particularly liquid fuels. Given the year-long life 
of AE02008 and its use as a baseline for analyses of 
proposed policy changes, EIA decided to update the 
reference case to reflect the provisions of EISA2007. 
A short summary of the impact of including EISA-
2007 is provided in the box on pages 3 and 4. 

Trends in energy supply and demand are affected by 
many factors that are difficult to predict, including 
energy prices, U.S. and worldwide economic growth, 
adv.ances in technologies, and future public policy de­
cisions both in the United States and in other coun­
tries. As noted in AE02007, energy markets are 
changing in response to readily observable factors, 
which include, among others: higher energy prices; 
the growing influence of developing countries on 
worldwide energy requirements; recently enacted leg­
islation and regulations in the United States; chang­
ing public perceptions on issues related to emissions 
of air pollutants and greenhouse gases (GHGs) and 
the use of alternative fuels and; and the economic via­
bility of various energy technologies. 

Projections in the AE02008 reference case have been 
updated to better reflect trends that are expected to 
persist in the economy and in energy markets. For ex­
ample, the projection for U.S. economic growth, a key 

determinant of U.S. energy demand, is lower in 
AE02008 than it was in AE02007, reflecting an 
updated assumption for productivity improvement. 
Other key changes in the AE02008 projections 
include: 

• Higher price projections for crude oil and natural 
gas 

• Higher projections for delivered energy prices, re­
flecting both higher wellhead and minemouth 
prices and higher costs to transport, distribute, 
and refine fuels per unit supplied 

• Slower projected growth in energy demand (par­
ticularly for natural gas but also for liquid fuels 
and coal) 

• Faster projected growth in the use of nonhydro­
electric renewable energy, resulting from a re­
vised representation of State renewable portfolio 
standard (RPS) provisions 

• Higher projections for domestic oil production, 
particularly in the near term 

• Slower projected growth in energy imports, both 
natural gas and oil 

• Slower projected growth in energy-related emis-
sions of carbon dioxide (C02). 

Coal, liquid fuels (excluding the biofuels portion of to­
tal liquids supply), and natural gas meet 80 percent of 
total U.S. primary energy supply requirements in 
2030--down from an 85-percent share in 2006, 
reflecting the incorporation of EISA2007 provisions, 
slower economic growth, higher energy prices, lower 
total energy demand, and increased use of renewable 
energy when compared with AE02007. 

Economic Growth 

The AE02008 reference case reflects reduced expec­
tations for economic growth: U.S. gross domestic 
product (GDP) grows at an average annual rate of 
2.4 percent from 2006 to 2030--0.4 percentage points 
slower than the rate in the AE02007 reference case 
over the same period. The main factor contributing to 
the slower rate of growth in GDP is a lower estimate 
of growth in labor productivity. Nonfarm business 
labor productivity grows by 1.9 percent per year in 
the AE02008 reference case, compared with 2.3 per­
cent per year in AE02007. Nonfarm employment 
growth is 0.9 percent per year in the AE02008 refer­
ence case, about the same as in AE02007. From 
2006 to 2030, total industrial shipments grow by 

2 Energy Information Administration I Annual Energy Outlook 2008 

0 

0 

0 



0 

0 

0 

Overview 

Impacts of Updating the AE02008 Reference Case 

EIA's decision to update the AE02008 early-release reference case both reduces total energy consump-
reference case was motivated by the enactment in tion and shifts consumption to fuels that are less 
December 2007 of EISA2007, which contains many carbon-intensive or are carbon-neutral. As a result, 
provisions that will significantly influence future the projection for total energy-related C02 emis-
energy trends. The specific EISA2007 provisions sions in 2030 is 6,851 million metric tons in the 
modeled in AE02008 include updates to the renew- AE02008 reference case, as compared with 7,373 
able fuel standard (RFS) and the corporate average million metric tons ·in the early-release reference 
fuel economy (CAFE) standard for new light-duty case-a difference of 7 percent or 522 million metric 
vehicles (LDVs); 1;1pdated and new appliance energy tons (see figure beiow). The difference between the 
efficiency standards for boilers, dehumidifiers, dish- two cases grows over time, so that cumulative 
washers, clothes washers, and commercial walk-in energy-related C02 emissions over the period from 
refrigerators and freezers; lighting energy efficiency 2008 to 2030 are 5.3 billion metric tons lower in the 
standards; provisions to reduce energy consumption AE02008 reference case than in the early-release 
· ~fii~ standards~£~o~r~in~-----~re~£~er~e~n~c~e~cas~e~· ---------------------------+ 
dustrial electric motors. 

Consistent with the general approach used in past 
AEOs, the reference case does not consider those 
sections of EISA2007 that require appropriations 
for implementation or sections with highly uncer­
tain impacts~qn energy markets. It also includes ad­
ditional reviSions that reflect historical data issued 
after the AEQ2008 early-release reference case was 
completed, new data from EIA's January 2008 
Short-Term Energy Outlook (STEO), a more current 
economic outlook, and technical updates to the ear­
lier version of NEMS. 

Total energy consumption and greenhouse 
gas emissions 

EISA2007 has a significant impact on both projected 
total energy consumption and GHG emissions. Total 
primary energy consumption in the AE02008 refer­
ence case grows by 18.5 quadrillion British thermal 
units (Btu), from 99.5 quadrillion Btu in 2006 to 

v118.0 quadrillion Btu in 2030-5.3 quadrillion Btu 
less than in the early-release reference case. Al­
though other changes were als9 made, the inclusion 
of EISA2007 is by far the most important. In 2030, 
the projected consumption levels for liquid fuels, 
natural gas, and coal all are lower in the AE02008 
reference case than they were in the early-release 
case. 

Without the application of carbon capture and se­
questration (CCS) technology, C02 emissions from 
the combustion of fossil fuels are proportional to 
the consumption and carbon content of the fuels. 
Inclusion of EISA2007 provisions in the AE0 2008 

Total annual carbon dioside emissions in the 
early-release and AE02008 reference cases, 
1980-2030 (million metric tons) 
8,000 -

6,000 . 

4,000 -

2,000-

0 
1980 

History 

1990 

Early release 
AE02008 

2006 2020 2080 

Liquid fuels consumption and imports 

The combination of a higher CAFE standard for new 
LDVs and an updated RFS has a substantial impact 
on the level and mix of liquids consumption. Total 
liquids consumption8 in 2030 in the AE02008 refer­
ence case, including the impact of EISA2007, is 22.8 
million barrels per day-2.1 million barrels per day 
lower than in the early-release reference case. 

Conventional petroleum consumption in 2030, ex­
cluding biofuels but including coal-to-liquids (CTL) 
diesel (a nonrenewable fuel), is 2.9 million barrels 
per day less in the AE02008 reference case. On 
an energy basis, total liquids consumption is 44.0 
quadrillion Btu in 2030 in the AE02008 reference 
case, about 9 percent lower than projected in the 
early-release case. 

(continued on page 4) 

8 Liquid fuels include conventional petroleum products, ethanol, biodiesel, diesel from biomass, CTL, and gas-to-liquids. 
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1.3 percent per year in the AE02008 reference case, 
as compared with 2.0 percent per year in AE02007. 

Energy Prices 

EIA raised the reference case path for world oil prices 
in AE02008 (although the upward adjustment is 
smaller than the last major adjustment, introduced in 
AE02006). The real world crude oil price (which for 
the purposes of AE02008 is defmed as the price of 
light, low-sulfur crude oil delivered in Cushing, 
Oklahoma, in 2006 dollars) declines gradually from 
current levels to $57 per barrel in 2016 ($68 per bar­
rel in nominal dollars), as expanded investment in 

exploration and development brings new supplies to 
world markets. After 2016, real prices begin to rise 
(Figure 1), as demand continues to grow and higher 
cost supplies are brought to market. In 2030, the av­
erage real price of crude oil is $70 per barrel in 2006 
dollars, or about $113 per barrel in nominal dollars. 
Alternative AE02008 cases address higher and lower 
world crude oil prices. 

In developing its oil price outlook, EIA explicitly 
considered four factors: (1) growth in world liquids 
consumption; (2) the outlook for conventional oil pro­
duction in countries outside the Organization of the 
Petroleum Exporting Countries (OPEC); (3) growth 

Impacts of Updating the AE02008 Reference Case (continued) 

In the AE02008 reference case, because a large 
share of the biofuels consumed is produced domesti­
cally, net imports of liquid fuels (including both 
crude oil and products) are reduced by more relative 
to the early-release case than is to~al liquids con­
sumption. Total net imports of liquids in 2030 are 
2.4 million barrels per day lower in the AE02008 
reference case than in the early-release case. As 
shown in the figure below, U.S. dependence on net 
imports of liquid fuels (including crude oil and re­
fined liquids) on a volumetric basis declines in the 
AE02008 reference case from 60 percent in 2006 to 
51 percent in 2022, followed by an increase to 54 per­
cent in 2030-as compared with 59 percent in the 
early-release reference case. Even with the increase 
in biofuel use and the higher vehicle efficiency stan­
dards, however, petroleum products still account for 
88 percent of total transportation energy consump­
tion in the AE02008 reference case, compared with 
96 percent in 2006. 

U.S. liquids supply, consumption, and net imports 
in the early-releatJe and AE02008 refereru:e cases, 
1980-2030 (miUion barreZ. per day) 
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The fuel mix for vehicles also changes between the 
two cases. The figure below shows the mix of fuels 
for LDVs in 2030 on an energy basis in the two 
cases. Biofuel consumption, excluding CTL, 
reaches 2.0 quadrillion Btu (23.5 billion gallons) 
in 2030, or about 11 percent of total demand for 
motor vehicle fuel in the AE02008 'reference 
case-an increase of 0.6 quadrillion Btu (7.1 billion 
gallons) from the early-release reference case and 
1.6 quadrillion Btu (18.2 billion gallons) more than 
in 2006. The increase in the.AE02008 reference case 
includes more ethanol consumption-both ethanol 
blended with gasoline in ElO (gasoline containing 
up to 10 percent ethanol by volume) and as E85 (fuel 
containing a blend of70 to 85 percent ethanol and 30 
to 15 percent gasoline by volume)-and more 
biodiesel consumption than in the early-release 
projection. 

Light-duty vehicle energy use by fuel in the early­
releaBe and AE02008 reference cases, 2030 
(quadriUion Btu) 
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Figure 1. Energy prices, 1980-2030 (2006 dollars per 
million Btu) 
35- HistDry 

·- - - ---l.linLunconventional1iquids_pr.odudiJln· and 4 OPEC 
behavior. With the forces driving demand outside the 
United States as strong as, or stronger than, previ­
ously expected but with global supply projections 
somewhat weaker, oil prices in AE02008 are higher 
than projected in AE02007 [2]. 
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As a result of recent strong economic growth world-
wide, transitory.shortages of experienced personnel, 
equipment, and .construction materials in the oil in­
dustry, and political instability in some major produc­
ing regions, oil prices currently are above EIA's 
estimate of the long-run equilibrium price. EIA's ex­
pectations regarding the ultimate size of both conven­
tional and unconventional liquid resources have not 
changed since last year's AEO. 

The AE02008 reference case represents EIA's cur­
rent judgment about the most likely behavior of key 
OPEC members in the mid-term. In the projection, 
OPEC countries increase production at a rate that 
keeps their market share of world liquids production 
a~ ._approximately 40 percent through 2030. 

The AE02008 reference case also projects significant 
long-term potential for supply from non-OPEC pro­
ducers. In several resource-rich regions-including 
Brazil, Azerbaijan, and Kazakhstan-high oil prices, 
expanded infrastructure, and new exploration and 
drilling technologies permit additional non-OPEC oil 
production. Also, with the economic viability of Can­
ada's oil sands enhanced by higher world oil prices 
and advances in production technology, oil sands pro­
duction is expected to reach 4 million barrels per day 
in 2030. 

The price of natural gas also is higher in theAE02008 
reference case. The real wellhead price of natural gas 
(in 2006 dollars) declines from current levels through 
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2016, as new supplies enter the market. After some 
fluctuations through 2021, real natural gas prices rise 
to $6.63 per thousand cubic feet in 2030 ($10.64 per 
thousand cubic feet in nominal dollars). The higher 
prices in the AE02008 reference case reflect an in­
crease in production costs associated with recent 
trends that were discussed in AE02007 but were not 
reflected fully in theAE02007 reference case [3]. The 
higher natural gas prices also are supported by higher 
oil prices. 

Minemouth coal prices in the AE02008 reference 
case, both nationally and regionally, are generally 
similar to those projected in the AE02007 reference 
case. By region, the largest price difference is for Wyo­
min s Powder River Basin where the ro · ected aver­
age minemouth price in 2030 is 12.1 percent above 
the AE02007 projection, at $0.66 (2006 dollars) per 
million Btu, reflecting a less optimistic outlook for im­
provements in coal mining productivity. 

Average real minemouth coal prices (in 2006 dollars) 
fall from $1.21 per million Btu ($24.63 per short ton) 
in 2006 to $1.14 per million Btu ($22.45 per short ton) 
in 2018 in the AE02008 reference case, as prices 
moderate following a substantial run-up over the past 
few years. Mter 2020, coal prices rise as demand in­
creases, reaching $1.19 per million Btu ($23.32 per 
short ton) in 2030. The 2020 and 2030 price projec­
tions are 2.6 percent and 0.9 percent higher, respec­
tively, than those in the AE02007 reference case. 
Without adjustment for inflation, the average mine­
mouth price of coal in the AE02008 reference case is 
$1.91 per million Btu ($37.42 per ton) in 2030. 

AE02008 projects higher prices for most energy fuels 
delivered to consumers. For example, in 2030, the av­
erage delivered price of natural gas (in 2006 dollars) is 
more than $1 per million Btu higher in the AE02008 
reference case than was projected in AE02007. In 
part, the higher delivered prices result from higher 
prices paid to fossil fuel producers at the wellhead or 
minemouth; but they also result from updates made 
to assumptions about the costs to transport, dis­
tribute, and refine the fuels to make them more con­
sistent with recent trends. For example, as a result of 
declining use per customer and the growing cost of 
bringing supplies from new regions to market, mar­
gins between the delivered and wellhead prices of nat­
ural gas are higher than previously projected. Factors 
contributing to higher margins for liquid fuels in­
clude continued growth in the use of heavier and 
sourer crudes, growing demand for cleaner products, 

Energy Information Aclministration I Annual Energy Outlook 2008 5 



Overview 

and the rising cost of refinery safety and emissions 
abatement. 

Increases in diesel fuel prices in recent years have led 
railroads to implement fuel adjustment surcharges 
on coal shipments, which are incorporated in the 
AE02008 reference case. The average real delivered 
price of coal to power plants (in 2006 dollars) in­
creases from $1.69 per million Btu ($33.85 per short 
ton) in 2006 to $1.78 per million Btu ($35.03 per short 
ton) in 2030, 2.3 percent higher than in the AE02007 
reference case. In nominal dollars, the average deliv­
ered price of coal to power plants is projected to reach 
$2.86 per million Btu ($56.22 per short ton) in 2030. 

Electricity prices follow trends in the delivered prices 
of fuels to power plants in the reference case. From 
a peak of 9.3 cents per kilowatthour (2006 dollars) 
in 2009, average delivered electricity prices decline 
to 8.5 cents per kilowatthour in 2015 and then 
increase to 8.8 cents per kilowatthour in 2030. In 
the AE02007 reference case, with slightly lower ex­
pectations for delivered fuel prices and construction 
costs for all new technologies, electricity prices 
reached 8.3 cents per kilowatthour (2006 dollars) in 
2030. In nominal dollars, the average delivered elec­
tricity price in the AE02008 reference case reaches 
14.1 cents per kilowatthour in 2030. 

Energy Consumption by Sector 

Total primary energy consumption in the AE02008 
reference case grows by 19 percent between 2006 and 
2030 (an average rate of 0.7 percent per year), from 
99.5 quadrillion Btu in 2006 to 118.0 quadrillion Btu 
in 2030--13.2 quadrillion Btu less than in the 
AE02007 reference case. In 2030, the levels of con­
sumption projected for liquid fuels, natural gas, and 
coal are lower in the AE02008 reference case than 
they were in the AE02007 reference case. Among the 
most important factors leading to lower total energy 
demand in the AE02008 reference case are lower eco­
nomic growth, greater use of more efficient appli­
ances and vehicles, higher energy prices, and slower 
growth in energy-intensive industries. 

Residential delivered energy consumption in the 
AE02008 reference case grows from 10.8 quadrillion 
Btu in 2006 to 12.9 quadrillion Btu in 2030, or by 0. 7 
percent per year (Figure 2). Higher delivered energy 
prices, slower growth in the housing stock, increases 
in lighting efficiency to meet the standards estab­
lished in EISA2007, and a revised accounting of heat­
ing and cooling degree-days to better reflect recent 

temperature trends contribute to the lower level of 
residential energy use in the AE02008 projection, 
which is 0.9 quadrillion Btu lower than the AE02007 
projection. 

Higher delivered energy prices and slower growth in 
commercial square footage lead to slower growth in 
commercial energy consumption in the AE02008 
reference case than in the AE02007 reference case. 
Delivered commercial energy consumption grows 
from 8.3 quadrillion Btu in 2006 to 11.3 quadrillion 
Btu in 2030, over 1 quadrillion Btu less than in the 
AE02007 reference case. 

Since 1997, delivered energy consumption in the U.S. 
industrial sector has trended downward, falling from 
about 27 quadrillion Btu in 1997 to 25 quadrillion Btu 
in 2006, despite rising output. A number of factors 
have worked to reduce industrial energy consumption 
since 1997: economic weakness between 2000 and 
2003, the hurricanes of 2005 that reduced activity in 
some industrial subsectors, and rising energy prices. 

Industrial delivered energy consumption increases to 

0 

27.7 quadrillion Btu in 2030. Although the AE02008 
reference case includes steady economic growth and 0 
declining energy prices in the near term, growth in 
the energy-intensive industries continues to be weak, 
reflecting increased competition from foreign regions 
with lower relative energy prices. Growth in the en­
ergy-intensive U.S. manufacturing industries aver-
ages 0. 7 percent per year from 2006 to 2030, slower 
than the 1.3-percent average growth in AE02007. 

Delivered energy consumption in the transportation 
sector grows to 33.0 quadrillion Btu in 2030 in the 
AE02008 reference case, 6.3 quadrillion Btu less than 
in AE02007. The lower projected level of consump­
tion predominantly reflects the influence of the new 

Figure 2. Delivered energy consumption by aector, 
1980-2030 (quadrillion Btu) 
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CAFE standard for LDVs specified in EISA2007 and 
slower economic growth, as well as the impact of 
higher fuel prices. 

EISA2007 requires new LDV s, including both cars 
and trucks, to reach a combined average fuel economy 
of 35 miles per gallon (mpg) by 2020, based on the 
U.S. Environmental Protection Agency (EPA) test 
value used to measure compliance with the CAFE 
standard. The EPA CAFE test value generally differs 
from the estimated mpg value on the fuel economy 
label and, typically, exceeds the actual on-the-road 
fuel economy of a new vehicle by a significant margin. 
Despite these differences, the higher fuel economy 
standards in EISA2007 significantly improve the 

_ ___ in-:USe_fueLecono~of the LDV stock. In the refer­
ence case, the average in-use fuel economy for the 
stock ofLDVs in 2030 increases to 27.9 mpg, almost 
40 percent above its 2006 level. To attain these fuel 
economy levels, the projection reflects increases in 
the sale of unconventional vehicle technologies [4], 
such as flex-fuel, hybrid, and diesel vehicles, and a 
slowdown in the growth of new light truck sales. 

0 Energy Consumption by Primary Fuel 

Total consumption of liquid fuels, including both fos­
sil liquids and biofuels, grows from 20.7 million bar­
rels per day in 2006 to 22.8 million barrels per day in 
2030 in the AE02008 reference case (Figure 3), less 
than the AE02007 reference case projection of 26.9 
million barrels per day in 2030. Liquid fuels consump­
tion is lower in all sectors in AE02008 than in the 
AE02007 reference case, as a result of incorporation 
of the new LDV CAFE standard specified in EISA-
2007, slower economic growth, and higher delivered 
prices for liquid fuels. Much of the difference is in the 
transportation sector. 

' 
InAE02008, natural gas consumption increases from 
21.7 trillion cubic feet in 2006 to 23.8 trillion cubic 
feet in 2016, then declines to 22.7 trillion cubic in 
2030 (Figure 3). The projection for natural gas con­
sumption in the AE02008 reference case is sharply 
lower than in AE02007, where consumption grew to 
26.1 trillion cubic feet in 2030. Consumption is lower 
in all sectors in AE02008, and particularly in the in­
dustrial and electricity power sectors. Industrial nat­
ural gas use is 1. 7 trillion cubic feet lower in 2030 in 
the AE02008 reference case (8.1 trillion cubic feet, 
compared with 9.8 trillion cubic feet in AE02007), 
as a result of higher delivered prices for natural 
gas, lower economic growth, and a reassessment of 
natural gas use in the energy-intensive industries. In 
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AE02008, electricity generation accounts for 5.0 tril­
lion cubic feet of natural gas use in 2030, compared 
with the AE02007 projection of 5.9 trillion cubic feet. 
The lower level of consumption in AE02008 results 
from higher natural gas prices and slower growth in 
electricity demand. 

Total coal consumption increases from 22.5 quadril­
lion Btu (1,114 million short tons) in 2006 to 29.9 qua­
drillion Btu (1,545 million short tons) in 2030 in the 
AE02008 reference case. As in the AE02007 refer­
ence case, coal consumption is projected to grow at a 
faster rate toward the end of the projection period, 
particularly after 2020, as coal use for new coal-fired 
generating capacity grows rapidly. In the AE02008 
reference case, coal consumption in the electric p~o=-::w.c.:e:.::..r ____ _ 
sector increases from 23.7 quadrillion Btu in 2020 to 
27.5 quadrillion Btu in 2030, and coal use at CTL 
plants increases from 0.6 quadrillion Btu in 2020 to 
1.0 quadrillion Btu in 2030. The projected increase in 
coal use for CTL plants is lower than in previous 
AEOs as a result of EISA2007, because investment 
dollars that previously would have gone into CTL 
capacity now flow to biomass-to-liquids (BTL) capac-
ity; however, there is a great deal of uncertainty 
around this projection. 

The AE02008 reference case projects substantially 
greater use of renewable energy than was projected in 
AE02007. Total consumption of marketed renewable 
fuels-including ethanol for gasoline blending, bio­
diesel [5], and diesel from biomass [6], of which 2.8 
quadrillion Btu in 2030 is included with liquids fuel 
consumption-grows by 3.0 percent per year in the 
reference case, from 6.8 quadrillion Btu in 2006 to 
13.7 quadrillion Btu in 2030, compared with 9.9 
quadrillion Btu in AE02007. About 45 percent of the 
demand for renewables in 2030 is for grid-related 

Figure 8. Energy consumption by fuel, 1980-2030 
(quadrillion Btu) 
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electricity generation (including combined heat and 
power [CHP]). 

The rapid growth in the use of renewable fuels for 
transportation in AE02008 reflects the EISA2007 
RFS, which sets a requirement for 21 billion gallons 
of advanced biofuels and 36 billion gallons of total 
renewable fuels by 2022. Included are requirements 
for 1 billion gallons ofbiodiesel and 16 billion gallons 
of cellulosic biofuels, both of which count toward the 
advanced biofuels requirement. The remaining 4 bil­
lion gallons of advanced biofuels may come from any 
source. The difference between advanced biofuels and 
total renewable fuels may be met by corn ethanol. 
Diesel fuels derived from biomass feedstocks count 
for 1.5 times their physical volume in the calculation 
of credits toward the RFS requirements, because 
diesel has a higher energy content per gallon than 
ethanol does. 

Although the situation is very uncertain, the current 
state of the industry and EIA's present view of pro­
jected rates of technology development and market 
penetration of cellulosic biofuel technologies suggest 
that available quantities of cellulosic biofuels before 
2022 will be insufficient to meet the new RFS targets 
for cellulosic biofuels, triggering both waivers and a 
modification of applicable volumes, as provided for in 
Section 2ll(o) of the Clean Air Act as amended by 
EISA2007. The modification of volumes reduces the 
overall target in 2022 from 36 billion gallons to 32.5 
billion gallons in the AE02008 reference case. 

Ethanol use in the AE02008 reference case, grows 
from 5.6 billion gallons in 2006 to 23.9 billion gallons 
in 2030-about 16 percent of total gasoline consump­
tion by volume and about 65 percent more than in 
AE02007. Ethanol use for gasoline blending grows to 
13.4 billion gallons and E85 consumption to 10.5 bil­
lion gallons in 2030. The ethanol supply is expected to 
be produced from both corn and cellulose feedstocks, 
with corn accounting for 15.0 billion gallons and cel­
lulose 6.9 billion gallons of ethanol production in 
2030. Biodiesel use increases to 1.2 billion gallons in 
2030, or about 1.5 percent of total diesel consumption 
by volume. In addition, consumption of BTL diesel 
grows to 4.5 billion gallons in 2030, or 5.3 percent of 
total diesel consumption by volume. 

Excluding hydroelectricity, renewable energy con­
sumption for electric power generation grows from 
0.9 quadrillion Btu in 2006 to 3.2 quadrillion Btu 
in 2030, as compared with 2.1 quadrillion Btu in 

AE02007. The higher level of nonhydroelectric re­
newable energy consumption in the AE02008 refer­
ence case reflects primarily a revised representation 
of State RPS programs, which require that specific 
and generally increasing shares of electricity sales be 
supplied by renewable resources, such as wind, solar, 
geothermal, and sometimes biomass or hydropower. 
Previous AEOs placed more weight on the "escape 
clauses" incorporated in many State RPS programs, 
given that the consumer costs of the programs would 
increase significantly if the Federal production tax 
credit (PTC} for qualifying renewable energy expired 
as provided for under current law. The new represen­
tation, which assumes that the State RPS goals will 
be met absent a clear contrary indication, results in 
significant additional growth of renewable generation 
from wind, biomass, and geothermal resources. 

Energy Intensity 
Energy intensity, measured as primary energy use (in 
thousand Btu} per dollar ofGDP (in 2000 dollars}, de­
clines by about one-third from 2006 to 2030 in the 
AE02008 reference case (Figure 4}. Although energy 
use generally increases as the economy grows, contin­
uing improvement in the energy efficiency of the U.S. 
economy and a shift to less energy-intensive activities 
are projected to keep the rate of energy consumption 
growth lower than the rate of GDP growth. 

Since 1992, the energy intensity of the U.S. economy 
has declined on average by 2.0 percent per year, in 
part because the share of industrial shipments ac­
counted for by the energy-intensive industries has 
fallen from 30 percent in 1992 to 21 percent in 2006. 
In the AE02008 reference case, the energy-intensive 
industries' share of total industrial shipments contin­
ues to decline, although at a slower rate, to 18 percent 
in 2030. 

Figure 4. Energy use per capita and per dollar of 
gross domestic product, 1980-2030 (inde%, 1980 = 1) 
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Population is a key determinant of energy consump­
tion, influencing demand for travel, housing, con­
sumer goods, and services. Since 1990, the population 
has increased by about 20 percent and energy con­
sumption by a comparable 18 percent in the United 
States, with annual variations in energy use per 
capita resulting from variations in weather and eco­
nomic factors. The age, income, and geographic distri­
bution of the population also affect the growth of 
energy consumption. Aging of the population, a grad­
ual shift from the North to the South, and rising 
per-capita income will influence future trends. Over­
all, the U.S. population increases by 22 percent from 
2006 to 2030 in the AE02008 reference case. Over the 
same period, energy consumption increases by 19 per­
-c-ent:-The result is a dect ease in enei gy consumption 
per capita at an annual rate of 0.1 percent per year 
from 2006 to 2030, a drop from the 0.3-percent yearly 
increase in the AE02007 reference case. 

Recently, as energy prices have risen, the potential 
for more energy conservation has received increased 
attention. Although additional energy conservation 
is induced by higher energy prices in the AE02008 
reference case and by the passage of EISA2007, no 
further policy-induced conservation measures are 
assumed beyond those in existing legislation and reg­
ulation, nor does the reference case assume behav­
ioral changes beyond those observed in the past. 

Energy Production and Imports 

Net imports of energy are expected to continue meet­
ing a major share of total U.S. energy demand (Figure 
5). The increased use of biofuels resulting from 
EISA2007, much of which is domestically produced, 
and the reduction in demand for transportation 
fuels due to the new CAFE standards both serve to 

Figure 6. Total eTU!rgy production and 
consumption, 1980-2030 (quadrillion Btu) 
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moderate growth in energy imports. Higher fuel 
prices over the projection period also spur increased 
domestic energy production (Figure 6) and moderate 
energy demand growth, further tempering growth in 
imports. The projected net import share of total U.S. 
energy consumption in 2030 is 27 percent, a decline 
from the 30-percent share in 2006. 

The projection for U.S. crude oil production in the 
AE02008 reference case is higher than in the 
AE02007 reference case, primarily as a result of more 
production from the expansion of enhanced oil recov­
ery (EOR) operations and, to a lesser extent, higher 
crude oil prices. U.S. crude oil production in the 
AE02008 reference case increases from 5.1 million 
barrel r da in 2006 to a eak of6.3 million barrels 
per day in 2018, with production increases from the 
deep waters of the Gulf of Mexico and from onshore 
EOR projects. Domestic production subsequently de­
clines to 5.6 million barrels per day in 2030, as in­
creased production from new, smaller discoveries is 
inadequate to offset declines in production from large 
fields in Alaska and the Gulf of Mexico. 

Total domestic liquids supply, including crude oil, 
natural gas plant liquids, refinery processing gains, 
and other refinery inputs (including ethanol, bio­
diesel, BTL, and liquids from coal) generally increase 
through 2022 in the AE02008 reference case, while 
imports of crude oil and other petroleum products re­
main flat. Total domestic liquids supply grows from 
8.2 million barrels per day in 2006 to 10.4 million bar­
rels per day in 2030. 

In the AE02008 reference case, the net import share 
of total liquids supplied, including crude oil and re­
fined products, drops from 60 percent in 2006 to 51 
percent in 2022 and then increases to 54 percent in 

Figure 6. Energy production by fuel, 1980-2030 
(quadrillion Btu) 
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2030. Net imports of crude oil and net imports of 
petroleum products in 2030 each are about 2.0 million 
barrels per day lower in the AE02008 reference case 
than in the AE02007 reference case. The primary 
reasons for the difference between the AE02008 and 
AE02007 projections for net imports of liquid fuels 
are a lower level of total liquids consumption and a 
higher level of biofuels consumption in the transpor­
tation sector in the AE02008 reference case. 

Total domestic production of natural gas (including 
supplemental natural gas supplies) increases from 
18.6 trillion cubic feet in 2006 to 20.0 trillion cubic 
feet in 2022 before declining to 19.5 trillion cubic feet 
in 2030 in the AE02008 reference case. The projec­
tions are lower than in the AE02007 reference case, 
which showed production increasing to 20.6 trillion 
cubic feet in 2030, primarily because of higher costs 
associated with exploration and development and, 
particularly in the last decade of the projection, lower 
demand for natural gas in AE02008. Onshore pro­
duction of unconventional natural gas is expected to 
be a key contributor to the growth in U.S. supply, 
increasing from 8.5 trillion cubic feet in 2006 to a 
peak of 9.6 trillion cubic feet in 2018 and generally 
holding at about that level through 2030. 

The Alaska natural gas pipeline is expected to be com­
pleted in 2020 (2 years later than in the AE02007 ref­
erence case, because of delays in the resolution of 
issues between Alaska's State government and indus­
try participants). Mter the pipeline goes into opera­
tion, Alaska's total natural gas production in the 
AE02008 reference case increases to 2.0 trillion cubic 
feet in 2021 (from 0.4 trillion cubic feet in 2006) and 
then remains at that level through 2030. 

Net pipeline imports of natural gas from Canada and 
Mexico fall from 2.9 trillion cubic feet in 2006 to 0.3 
trillion cubic feet in 2030 in the AE02008 reference 
case (compared with the AE02007 projection of 0.9 
trillion cubic feet in 2030). The difference between 
the 2030 projections in AE02008 and AE02007 is 
largely the result of a higher level of exports to Mexico 
and lower demand in the United States. 

Total net imports of LNG to the United States in the 
AE02008 reference case increase from 0.5 trillion cu­
bic feet in 2006 to 2.8 trillion cubic feet in 2030, as 
compared with 4.5 trillion cubic feet in 2030 in 
AE02007. The lower projection is attributable to two 
factors: higher costs throughout the LNG industry, 
especially in the area of liquefaction, and decreased 

U.S. natural gas consumption due to higher natural 
gas prices, slower economic growth, and expected 
greater competition for supplies in the global LNG 
market. 

The future direction of the global LNG market is one 
of the key uncertainties in the AE02008 reference 
case. With many new international players entering 
LNG markets, the competition for available supplies 
is strong, and the amounts available to the U.S. mar­
ket may vary considerably from year to year. The 
AE02008 reference case has been updated to reflect 
current market dynamics, which could change consid­
erably as worldwide LNG markets evolve. 

As domestic coal demand grows in the AE02008 ref­
erence case, U.S. coal production (excluding waste 
coal) increases at an average rate of 0.8 percent per 
year, from 23.8 quadrillion Btu (1,163 million short 
tons) in 2006 to 28.6 quadrillion Btu (1,455 million 
short tons) in 2030--15 percent less than in the 
AE02007 reference case. Production from mines west 
of the Mississippi River provides the largest share of 
the incremental coal production. On a Btu basis, 59 
percent of domestic coal production originates from 
States west of the Mississippi River in 2030, up from 
49 percent in 2006. 

Typically, trends in U.S. coal production are linked to 
its use for electricity generation, which currently ac­
counts for 91 percent of total coal consumption. Coal 
consumption in the electric power sector in the 
AE02008 reference case, at 27.5 quadrillion Btu in 
2030, is less than in the AE02007 reference case (31.1 
quadrillion Btu in 2030). Slower growth in overall 
electricity demand, combined with more generation 
from nuclear and renewable energy, underlies the re­
duced outlook for electricity sector coal consumption. 
Another emerging market for coal is CTL. Coal use in 
CTL plants grows from 0.6 quadrillion Btu (42 mil­
lion short tons) in 2020 to 1.0 quadrillion Btu (64 mil­
lion short tons) in 2030. 

Electricity Generation 

Total electricity consumption, including both pur­
chases from . electric power producers and on-site 
generation, grows from 3,814 billion kilowatthours 
in 2006 to 4,972 billion kilowatthours in 2030, 
increasing at an average annual rate of 1.1 percent in 
the AE02008 reference case. In comparison, electric­
ity consumption grew by annual rates of 4.2 percent, 
2.6 percent, and 2.3 percent in the 1970s, 1980s, and 
1990s, respectively. The growth rate in the AE02008 
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projection is lower than in the AE02007 reference 
case (1.5 percent per year). The reduced rate of 
growth in AE02008 results from slower economic 
growth, the imposition of new efficiency standards in 
EISA2007, and higher electricity prices. 

In theAE02008 reference case, electricity generation 
from natural-gas-fired power plants increases sharply 
from 2006 to 2008 and then remains relatively stable 
for the next decade, growing by 3 percent from 
2008 to 2016-less rapidly than in the AE02007 ref­
erence case. Mter 2016, however, generation from 
new coal, nuclear, and renewable plants displaces 
some natural-gas-fired generation (Figure 7). In the 
AE02008 reference case, 741 billion kilowatthours of 

----.t:elue:cctriu:~'CJciu.,tyy_is generated from naturaLgas_in 2030, 21 
percent less than the 937 billion kilowatthours in 
2030 in the AE02007 reference case. 

0 

0 

In the AE02008 reference case, the natural gas share 
of electricity generation (including generation in the 
end-use sectors) remains between 20 percent and 21 
percent through 2017 before falling to 14 percent in 
2030. The coal share remains between 48 percent and 
49 percent from 2006 through 2018 before increasing 
to 54 percent in 2030. Additions to coal-fired generat­
ing capacity in the AE02008 reference case total104 
gigawatts from 2006 to 2030 (as compared with 156 
gigawatts in the AE02007 reference case), including 
4 gigawatts at CTL plants and 29 gigawatts at inte­
grated gasification combined-cycle plants. Given the 
assumed continuation of current energy and environ­
mental policies in the reference case, CCS technology 
does not come into use during the projection period. 

Nuclear generating capacity in the AE02008 refer­
ence case increases from 100.2 gigawatts in 2006 

Figure 7. Electricity generation by fuel, 1980-2030 
(billion kilowatthours) 
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Overview 

to 114.9 gigawatts in 2030. The increase includes 17 
gigawatts of capacity at newly built nuclear power 
plants (33 percent more than in the AE02007 refer­
ence case) and 2. 7 gigawatts expected from uprates of 
existing plants, partially offset by 4.5 gigawatts of 
retirements. 

Rules issued by the Internal Revenue Service in 2006 
for the EPACT2005 PTC for new nuclear plants allow 
the credits to be shared out on a prorated basis to 
more than 6 gigawatts of new capacity. In the 
AE02008 reference case the credits are shared out to 
8 gigawatts of new nuclear capacity, and another 9 
gigawatts of capacity is built without credits. 

Total electricity generation from nuclear power 
plants gro~on kilowatthours in 2006 
to 917 billion kilowatthours in 2030 in the AE02008 
reference case, accounting for about 18 percent of to­
tal generation in 2030. Additional nuclear capacity is 
built in some of the alternative AE02008 cases, par­
ticularly those that project higher demand for elec­
tricity or higher fossil fuel prices. 

The use of renewable technologies for electricity gen­
eration is stimulated by improved technology, higher 
fossil fuel prices, and short-term extensions of the 
EPACT2005 tax credits. The reference case also in­
cludes State RPS programs for which legislation is in 
place. Total renewable generation in the AE02008 
reference case, including CHP and end-use genera­
tion, grows by 2.2 percent per year, from 385 billion 
kilowatthours in 2006 to 656 billion kilowatthours in 
2030. The projection for renewable generation in the 
AE02008 reference case, which includes State and 
regional programs, is significantly higher than the 
AE02007 projection. 

Energy-Related Carbon Dioxide 
Emissions 

Absent the application of CCS technology (which is 
not expected to come into use without changes in cur­
rent policies that are not included in the reference 
case), C02 emissions from the combustion of fossil 
fuels are proportional to fuel consumption and carbon 
content, with coal having the highest carbon content, 
natural gas the lowest, and liquid fuels in between. 
In the AE02008 reference case, the coal share of to­
tal energy use increases from 23 percent in 2006 to 25 
percent in 2030, while the share of natural gas 
falls from 22 percent to 20 percent, and the liquids 
share falls from 40 percent to 37 percent. The com­
bined share of carbon-neutral renewable and nuclear 
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energy grows from 15 percent in 2006 to 17 percent in 
2030. 

Taken together, projected growth in the absolute 
level of primary energy consumption and a shift 
toward a fuel mix with slightly lower average carbon 
content cause projected energy-related emissions of 
C02 (Figure 8) to grow by 16 percent from 2006 to 
2030-slightly lower than the projected 19-percent 
increase in total energy use. Over the same period, 
the economy becomes less carbon-intensive, because 
the 16-percent increase in C02 emissions is about 
one-fifth of the projected increase in GDP (79 per­
cent), and emissions per capita decline by 5 percent. 
In the AE02008 reference case, projected energy­
related C02 emissions grow from 5,890 million metric 
tons in 2006 to 6,851 million metric tons in 2030. 
By comparison, in the AE02007 reference case, 
energy-related C02 emissions were projected to grow 

Figure 8. U.S. carbon dionde emissions by sector 
and fuel, 1990-2030 (million metric tons) 
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by about 35 percent, to 7,950 million metric tons in 
2030, reflecting both a higher projection of overall 
energy use and, to a lesser extent, a different mix of 
energy sources. 
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Table 1. Total energy supply and disposition in the AE02008 and AE02007 reference cases, 2006-2030 

Energy and economic factors AE02007 

Primary energy production (quadrillion Btu) 
Petroleum .. . . ... . .. . . . . .. . . .. . .. . . ........ . . . . . 13.16 15.03 14.42 15.71 14.85 14.15 13.71 
Dry natural gas . . . . . .. . .. ... . . . .. .. .. . .. ... . . . . . . 19.04 19.85 19.93 20.24 21 .41 20.00 21.15 
Coal . . ... . . . . . . . . . .. . . . . . . . . • ... . . ...... . . . . .. 23.79 23.97 24.47 25.2 26.61 28.63 33.52 
Nuclear electricity . .. . . . . . . .. . .. .. .. • . . . . . . ... . . .. 8.21 8.31 8.23 9.05 9.23 9.57 9.33 
Hydroelectricity .. . . . . . . . . . ... . ... . . ... . . . .. .. .. . . 2.89 2.92 3.02 3.00 3.08 3.00 3.09 
Biomass ... . ..... . . .... . .. ... . . . . . . .... . ....... 2.94 4.05 4.22 6.42 4.69 8.12 5.26 
Other renewable energy ... . .. .. . .. . . ............. . 0.88 1.51 1.18 2.00 1.33 2.45 1.44 
Other . . . . . .... . ...... . . • . . .. . • . . . .. . . .. . . . . ... 0.50 0.54 0.67 0.58 0.89 0.64 1.12 
Total ••••••••••••••••..•. . • • ••••••.••.•••••••• 71.41 76.17 76.13 82.21 82.09 86.56 88.63 

Net Imports (quadrillion Btu) 
Petroleum . . ........... . . . . . . .. . . . .............. 26.69 23.93 25.19 24.03 28.92 26.52 34.74 
Natural gas .. . ....... . . . .. . . . . . . . . ......... . .... 3.56 3.96 4.67 3.66 5.48 3.28 5.59 
Coal/other (- Indicates export) . . ... .. .... .... .. ..... -0.28 -0.84 -0.19 1.06 0.93 1.86 1.57 
Total . ............. . .. . . . ........ -.-..,..,............ , •. -2&98 27.04 29.66 2 

Consumption (quadrillion Btu) 
Liquid fuels . . . . . . . . . . . .. . . ... .. .. . . ...... . .. . . . . 40.06 40.46 41 .76 42.24 46.52 43.99 52.17 
Natural gas . . . . .. . . . .. .. . . . .. . . . . . .. . . . . .. . . . . . . 22.30 23.93 24.73 24.01 27.04 23.39 26.89 
Coal . . .. . . . . ... . . ..... .. . .. . . . .• . .. . ..... . .... 22.50 23.03 24.24 25.87 27.29 29.90 34.14 
Nuclear electricity . ... . . .. . . . . . . . . . . . ... . .. . ....•. 8.21 8.31 8.23 9.05 9.23 9.57 9.33 
Hydroelectricity ....... . . . .. .. . .. ... .. ............ 2.89 2.92 3.02 3.00 3.08 3.00 3.09 
Biomass ... .. ........ . .. . . . . . .. . . . ............. 2.50 3.01 3.30 4.50 3.64 5.51 4.06 
Other renewable energy .. . .. . ... .. . . .............. 0.88 1.51 1.18 2.00 1.33 2.45 1.44 
Net electricity Imports .. . .. .. . . . . .. .. ..•.•.....•... 0.19 0.18 0.04 0.17 0.04 0.20 0.04 

0 Total • •.••.•.. . .••.•• . .. . . . .. . . .• . .••• . •.••••• 99.50 103.30 106.50 110.80 118.16 118.00 131.16 

Liquid fuels (million barrels per day) 
Domestic crude oil production . . .. . . .. ... . .. ... ... . 5.10 5.93 5.67 6.23 5.89 5.59 5.39 
Other domestic production . . . . ..• .. . ... .. . . .... . . . . 3.19 3.69 4.03 4.46 4.49 4.85 5.08 
Net Imports . . . .. . . . . . . . . . .. . . • .. .. . . . . . . .. . . ... . 12.45 11 .39 11 .79 11.36 13.56 12.41 16.37 
Consumption .. ... .. . . . . . . ... . . . . . . ... . ..... . . .. 20.65 20.99 21 .59 21.96 24.03 22.80 26.95 

Natural gas (trillion cubic feet) 
Production ... ... . .... . . . . . .... .... ... .......... 18.57 19.35 19.42 19.73 20.86 19.49 20.61 
Net Imports ..... . ... . .. . . . . ... . .. ............... 3.46 3.85 4.55 3.55 5.35 3.18 5.45 
Consumption ..... .. . .. . .. •••• .. .. .............. 21 .66 23.25 24.02 23.33 26.26 22.72 26.12 

Coal (million short tons) 
Production ... . ... . . . . . .. . . . . . ... . .. . . .......... 1,177 1,179 1,202 1,281 1,336 1,467 1,704 
Net Imports . . . .. . ........ . . . . . . . . .. . ...... . ..... -15 -34 -7 46 41 78 68 
Consumption . ... .. . . . .. . . . . .. . . . . .. ..... . ..... . 1,114 1,145 1,195 1,327 1,377 1,545 1,772 

Prices (2006 dollars) 
Imported low-sulfur, light crude oil (dollars per barrel) . ... 66.02 74.03 59.23 59.70 53.64 70.45 60.93 
Imported crude oil (dollars per barrel) . . .. . . ... . . .. .. . 59.05 65.18 52.76 51 .55 47.89 58.66 53.21 
Domestic natural gas at wellhead 
(dollars per thousand cubic feet) . . .. ......... . .. . ... 6.42 6.33 5.93 5.44 5.39 6.63 6.16 
Domestic coal at minemouth (dollars per short ton) ...... 24.63 26.16 24.94 22.51 22.24 23.32 23.29 
Average electricity price (cents per kflowatthour) ..... . .. 8.9 9.2 8.3 8.6 8.1 8.8 8.3 

Economic Indicators 
Real gross domestic product (billion 2000 dollars) ...... . 11,319 12,453 12,790 15,984 17,077 20,219 22,494 
GOP chain-type price Index (Index. 2000=1.000) ....... . 1.166 1.26 1.253 1.52 1.495 1.871 1.815 
Real disposable personal income (billion 2000 dollars) ... 8,397 9,472 9,568 12,654 13,000 16,246 17,535 
Value of manufacturing shipments (billion 2000 dollars) .. 5,821 5,997 6,298 7,113 7,779 7,997 9,502 

Primary energy Intensity 
(thousand Btu per 2000 dollar of GDP) • . • ••• • ••••••. 8.79 8.30 8.33 6.93 6.92 5.84 5.83 
Carbon dioxide emissions (million metric tons) ••••.•. 5,890 6,011 6,214 6,384 6,944 6,851 7,950 

Notes: Quantities are derived from historical volumes and assumed thermal conversion factors. Other production Includes liquid hydrogen, 

0 methanol, and some Inputs to refineries. Net imports of petroleum Include crude oil, petroleum producls, unfinished oils, alcohols, ethers, and 
blending components. Other net Imports Include coal coke and electricity. For nuclear electricity, both production and consumption numbers are 
based on Its fossil-fuel-equivalent energy content. 

Sources: AE02008 National Energy Modeling System, run AE02008.D030208F; and AE02007 National Energy Modeling System, run 
AE02007.0112106A. 
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Legislation and Regulations 

Introduction 

Because analyses by EIA are required to be pol­
icy-neutral, the projections in AE02008 are based on 
Federal and State laws and regulations in effect on or 
before December 31, 2007. The potential impacts 
of pending or proposed legislation, regula­
tions, and standards-or of sections of legisla­
tion that have been enacted but that require 
implementing regulations or appropriation of 
funds that are not provided or specified in the 
legislation itself-are not reflected in the pro­
jections. Throughout 2007, however, at the request 
of the Administration and Congress, EIA has regu­
larly examined the potential implications of proposed 
legislation in Service Reports (see box on page 17). 

Examples of Federal and State legislation incorpo­
rated in AE02008 include: 

• EISA2007, signed into law on December 19,2007, 
which (a) includes an expanded RFS requiring the 
use of 36 billion gallons of ethanol by 2022; (b) cre­
ates an attribute-based minimum CAFE standard 
of 35 mpg by 2020 for cars and trucks; {c) estab­
lishes a program of CAFE credit trading and 
transfer; (d) extends and then phases out the 
CAFE credits established under the Alternative 
Motor Fuels Act of 1988 (AMFA); (e) creates vari­
ous appliance efficiency standards; ({) establishes 
a lighting efficiency standard starting in 2012; 
(g) requires industrial electric motors to meet 
the premium motor efficiency standards of the 
National Electrical Manufacturers Association 
(NEMA); and (h) creates or enhances a number of 
other programs related to industrial waste heat or 
natural gas efficiency, energy use in Federal 
buildings, weatherization assistance, and manu­
factured housing (see below for more detailed dis­
cussion of the provisions in EISA2007 and their 
handling in AE02008) 

• The provisions of EPACT2005 that remain in 
effect and have not been superseded by EISA2007, 
including: mandatory energy conservation stan­
dards; numerous tax credits for businesses and 
individuals; elimination of the oxygen content 
requirement for Federal reformulated gasoline 
(RFG); extended royalty relief for offshore oil and 
natural gas producers; authorization for DOE 
to issue loan guarantees for new or improved 
technology projects that avoid, reduce, or seques­
ter GHGs; a PTC for new nuclear facilities; and 

extension and expansion of the PTC for electricity 
generated from renewable fuels 

• The Military Construction Appropriations Act 
of 2005, which contains provisions to support 
construction of the Alaska natural gas pipeline, 
including Federal loan guarantees during con­
struction 

• The Working Families Tax Relief Act of 2004, 
which includes tax deductions for qualified clean­
fuel and electric vehicles and changes in the rules 
governing oil and natural gas well depletion 

• The American Jobs Creation Act of 2004, which 
includes incentives and tax credits for biodiesel 
fuels and a modified depreciation schedule for the 
Alaska natural gas pipeline 

• State RPS programs, including the California 
RPS passed on September 12, 2002 

• The Clean Air Act Amendments of 1990 (CAAA-
90), which included new standards for motor gaso­
line and diesel fuel and for heavy-duty vehicle 
emissions 

0 

• The National Appliance Energy Conservation Act 0 
of1987 

• State programs for restructuring of the electricity 
industry. 

Examples of Federal and State regulations incorpo­
rated in AE02008 include the following: 

• The Mobile Source Air Taxies rule released by the 
EPA on February 9, 2007 (MSAT2), which estab­
lishes controls on gasoline, passenger vehicles, 
and portable fuel containers designed to signifi­
cantly reduce emissions of benzene and other haz­
ardous air pollutants [7] 

• New stationary diesel regulations issued by the 
EPA on July 11, 2006, which limit emissions of 
nitrogen oxides (N01), particulate matter, sulfur 
dioxide (S02), carbon monoxide, and hydro­
carbons to the same levels required by the EPA's 
nonroad diesel engine regulations. 

More detailed information on recent legislative and 
regulatory developments is provided below. 

Energy Independence and Security Act 
of 2007: Summary of Provisions 

The Energy Independence and Security Act of 2007 o 
was signed into law on December 19, 2007, and be-
came Public Law 110-140 [8]. Provisions in EISA2007 
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EIA Service Reports on Proposed Legislation Released Since January 2007 

The table below summarizes the Service Reports on proposed legislation completed since 2007. Those reports, 
and others that were completed before 2007, can be found on the EIA web site at www.eia.doe.gov/oiaf/ 
service _rpts.htm. 

Title 

Analysis of Crude Oil 
Production in the 
Arctic National 
Wildlife Refuge 

Energy Market and 
Economic Impacts 
of S . 2 191, the 
Lieberman· Warner 
Clirna.U Security Act 
0 2007 

Federal Financial 
Interventions and 
Subsidies in Energy 
Markets 2007 

Energy Markit and 
Economic Impacts 
of S . 1766, the , 
Low Carbon Economy 
Actof2007 

Oil and Naturol Gas 
Market Supply and 
Renewable Portfolio 
Standard Impact of 
Selected Provisions 
ofH.R. 3221 

Supplement to: 
Energy Market and 
Economic Impacts of 
S . 280, the Climate 
Stewardship and 
Innovation Act of 2007 

Energy and Economic 
Impacts of 
Implementing a 
25-Percent Renewable 
Portfolio Standard 
and Renewable Fuel 
Standard by 2025 

Date of 
release 

May 
2008 

Requestor 

Senator Ted Stevens 

Availability on 
E1A web site 

(www.eiu..doe.gov/ 
oiaflseroieerpt/J 

an.wr/indez.html 

April 
2008 

Senators 82191/indez.html 
Joseph Lieberman, 
John Warner, 
John Barrasso, 
James Inhofe, and 
Geo e Voinovich 

April 
2008 

Senator Lamar Alexander subsidy21 
indez.html 

January Senators Jeff Bingaman 
2008 and Arlen Specter 

December Representatives 
2007 Joe Barton, 

Jim McCrery, 
and Don Young 

November Senators John Barrasso, 
2007 James Inhofe, 

and George Voinovich 

September Senator James Inhofe 
2007 

lcea/inda.html 

bmy/indu.html 

bivfindez.html 

eeimfindez.html 

Energy Market and July Senators csiafindez.html 
Economic Impacts of 2007 
S . 280, the Climate 
Stewardship and 
Innovation Act of 2007 

Joseph Lieberman 
and John McCain 

Focus of analysis 

Provides an assessment of Federal oil and 
natural gas leasing in the coastal plain of the 
Arctic National Wildlife Refuge (ANWR) in 
Alaska. 

S. 219I is a complex bill regulating emissions of 
GHGs through market-based mechanisms, energy 
effidency programs, and economic incentives. 
This analysis focuses on the impacts of the GHG 
cap-and-trade program established under Title I 
ofS. 2191. 

Update to 1999 to 2000 EIA work on Federal 
energy subsidies, including an.y additions or 
deletions of Federal subsidies based on 
Administration or Congressional action since 
2000, and providing an estirna.U of the size of 
each current subsidy. Subsidies directed to 
electricity production are estimated on the basis of 
generation by fuel. 

S. 1766 establishes a mandatory GHG allowance 
program to maintain covered emissions 
at appTO%imately 2006 levels in 2020, 1990 levels 
in 2030, and at least 60 percent below 1990 levels 
by2050. 

Analyze selected provisions of H.R. 3221, the 
energy bill adopted by the House of 
Representatives (H.R. ) in early ALigust 2007. The 
analysis focuses on Title VII, dealing with energy 
on Federal lands; Section 9611, which would 
establish a Federal renewable portfolio standard 
for certain electricity sellers; and Section 13001, 
which would eliminate the eligibility of oil and 
natural gas producers and refiners to 
claim deductions under Section 199 of the 
Internal Revenue Code. 

Further energy and economic analysis to 
supplement information presented in EIA 's recent 
analysis of S . 280, the Clirna.U Stewardship and 
InnoiJation Act of 2007. 

Analysis of a "25-by-25" proposal that combines a 
requirement that a 26-percent share of electricity 
sales be produced from renewable sources by 2025 
with a requirement that a 25-percent share of 
liquid transportation fuel sales also be derived 
from renewable sources by 2025. The electricity 
requirement is implemented as a renewable 
portfolio standard, while the motor fuel standard 
is implemented as an. RFS. 

Estimate of the economic impacts of S . 280, the 
Clirna.U Stewardship and Innovation Act of2007. 
S . 280 would establish a series of caps on GHG 
emissions starting in 2012 followed by 
increasingly stringent caps beginning in 2020, 
2030, and 2050. 

(continued on page 18) 

Energy Information Administration I Annnal Energy Outlook 2008 17 



Legislation and Regulations 

that require funding appropriations to be imple­
mented, whose impact is highly uncertain, or that re­
quire further specification by Federal agencies or 
Congress are not included in AE02008. For example, 
EIA does not tcy to anticipate policy responses to the 
many studies required by EISA2007, nor to predict 
the impact of research and development (R&D) fund­
ing authorizations included in the bill. Moreover, 
AE02008 does not include any provision that ad­
dresses a level of detail beyond that modeled in 
NEMS, which was used to develop the AE02008 pro­
jections. AE02008 addresses only those provisions in 
EISA2007 that establish specific tax credits, incen­
tives, or standards, including the following: 

• RFS requirements for the use of 36 billion gallons 
of ethanol per year by 2022, with com ethanol 
limited to 15 billion gallons. Any other ethanol or 
biodiesel may be used to fulfill the balance of 
the mandate, but the balance must include 16 
billion gallons per year of cellulosic ethanol by 
2022 and 5 billion gallons per year of biodiesel by 
2012. 

• A new CAFE standard for LDVs (cars and light 
trucks) of 35 mpg by 2020. The Act also 
specifies that vehicle attribute-based standards 
are to be developed separately for cars and light 
trucks. 

• A CAFE credit and transfer program among man­
ufacturers and across a manufacturer's fleet. 

• Extension through 2019 of the CAFE credits spec­
ified under the AMF A EISA2007 reduces the 
maximum credit by 0.2 mpg for each model year 
after 2014 and phases it out entirely by model year 
2020. 

• Appliance energy efficiency standards for boilers, 
dehumidifiers, dishwashers, clothes washers, ex­
ternal power supplies, and commercial walk-in 
coolers and freezers. 

• Lighting energy efficiency standards for general­
service incandescent lighting in 2012 and sooner 
for general-service tubular fluorescent lighting 
and metal halide lamp fixtures. 

• Standards for industrial electric motor efficiency, 
requiring industrial motors of various sizes to 
meet the NEMA premium motor efficiency stan­
dards. 

• Standards for energy use in Federal buildings, re-
quiring a 30-percent reduction by 2015. 

The following discussion provides a summary of the 
EISA2007 provisions included in AE02008 and some 
of the provisions that could be included if more 

EIA Service Reports on Proposed Legislation Released Since January 2007 (continued) 

Dote of 
Title relea.e Requestor 

Availability on 
E1A web site 

(IIIUIUI.eio.doe.goo/ 
oioflaeroil:erpt/J FOCU8 of anolysia 

Impacts of a 15-Pen:ent June 
Renewable Portfolio 2007 
Standard 

Analysis of Alternative May 
Extensions of the 2007 
~ng Production 
TaJC Credit for Wind 
Generators 

Energy Market Impacts Februar;y 
of a Clean Energy 2007 
Portfolio Standard • 
Follow-up 

Energy Market and Janrmry 
Economic Impacts of a 2007 
Proposal to Reduce 
Greenhouse Gas 
Intensity with a Cap 
and Trade System 

Senator Jeff Bingaman prps/inde:r..html Analysis of a renewable portfolio standard 
requiring that 15 pen:ent of U.S. electricity sales 
be derived from qualifying renewable energy 
resources. 

Ms. Janiu Mays, ptc/inde:r..html Analysis of alternative extensions of the ezisting 
PTC that would apply to wind generators only. Chief Counsel, Committee 

on Ways & MetJIUI, 
U.S. House of 
Representatives 

Senator Norman Coleman portfolio!inde:r..html Analysis of a proposed clean energy portfolio 
standard (CEPS). The proposed CEPS requires 
electricity suppliers to increase their share of 
electricity sales that is generated using clean 
energy resoun:es, including: nonhydropower 
renewable resources, new hydroelectric or nuclear 
resoun:es, fuel cells, and foBBil-fired plants that 

Senators Jeff Bingaman, 
Mary Landrieu, 
Lisa Murkowski, 
Arlen Specter, 
Ken Salazar, 
and Richard Lugar 

capture and sequester coli emissions. 

bUmss/inde:r..html Analysis of the impacts of a proposal that would 
regulate emissions ofGHGs through an 
allowance ca.p-and-track system. The program 
would set the cap to achieve a reduction in 
emissions relative to economic output, or GHG 
intensity. 
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0 
complete information were available about their 
funding and implementation. This discussion is not a 
complete summary of all the sections of EISA2007. 
More extensive summaries are available from other 
sources [9]. 

End-Use Demand 

Buildings Sector 

EISA2007 affects residential and commercial build­
ings in three specific areas: appliance and lighting 
energy efficiency, energy savings in private-sector 
buildings and industry, and energy savings in govern­
ment and public institutions. 

Appliance and Lighting Energy Efficiency. Sub-
-----titles-A-and.Bin Title III o!EISA2007 include provi­

sions with the potential to affect energy demand in 
the buildings sector. Many of the provisions give DOE 
the authority to set new efficiency standards or test 
procedures for new efficiency standards. Where 
EISA2007 specifies both efficiency levels and effective 
dates in the standards, they are implemented directly 
in the NEMS buildings modules. Where specific appli-

0 
ances and future DOE updates to the standards are 
not specified, they are not included in·AE02008. 

0 

Section 301 provides efficiency standards for external 
power supplies, limiting wattage in both active and 
no-load mode for units produced after July 1, 2008. 
DOE is instructed to review the standards in the 
future, but only the 2008 standard is included in 
AE02008. Section 303 increases the Federal effi­
ciency standard for residential boiler units manufac­
tured after September 1, 2012, providing a small 
increase Oess than 5 percent) over the current 
standard. Dehumidifiers, clothes washers, and dish­
washers are subject to new standards between 2010 
and 2012, as provided in Section 311. Energy conser­
vation standards for walk-in refrigerators and 
walk-in freezers established in Section 312 require 
energy-efficient elements in the doors, walls, motors, 
and lighting of units manufactured in 2009 or later. 
Section 313 amends electric motor efficiency stan­
dards, and Section 314 adds single-package vertical 
air conditioners and heat pumps to the packaged air 
conditioning and heating equipment covered by the 
standards in EPACT2005. These two provisions 
address a level of detail that is not modeled in NEMS, 
and they are not included in AE02008. 

The largest projected energy savings from EISA2007 
are the result of energy conservation standards for 
efficient light bulbs described in Sections 321, 322, 

Legislation and Regulations 

and 324. Section 321 requires significant wattage re­
ductions (approximately 28 percent) in incandescent 
lamps beginning in 2012, increasing to a reduction of 
about 65 percent in 2020. Section 322 sets standards 
for general-service fluorescent lamps and incandes­
cent reflector lamps, and Section 324 imposes mini­
mum ballast efficiency standards for metal halide 
lamp fixtures beginning in 2009. Section 323 man­
dates the use of energy-efficient lighting fixtures and 
bulbs to the maximum extent feasible in all Federal 
buildings starting in 2009. 

Energy Savings in Buildings and Industry. Pro­
visions under EISA2007 Title IV, Subtitle A, address 
energy efficiency in residential buildings. Section 411 
reauthorizes funding for weatherization programs 
through fiscal year (FY) 2012; however, the program 
has been targeted for elimination by DOE in its most 
current budget and therefore is not included in 
AE02008. Section 413 requires manufactured hous­
ing to comply with the most recent version of the 
International Energy Conservation Code (IECC) 
starting in 2012. This provision is included in 
AE02008. The 2006 version of the IECC represents 
the most recent code. 

Provisions under Title IV, Subtitle B, establish an 
office and a partnership consortium to promote 
high-performance green building initiatives. Section 
422 specifically directs the establishment of a Zero 
Net Energy Commercial Buildings Initiative, with the 
eventual goal of having all U.S. commercial buildings 
use zero net energy by 2050. The provision includes 
several research, development, and deployment activ­
ities and authorizes funding for the initiative through 
2018. Because the activities depend on future appro­
priations, they are not included in AE02008. 

Title IV, Subtitle C, addresses Federal energy use, up­
dating energy intensity reduction goals and perfor­
mance standards for Federal buildings, mandating 
energy and efficiency management, providing for the 
development of high-performance green building 
standards for Federal facilities, and directing the 
establishment of a program to accelerate Federal use 
of cost-effective technologies and practices. Federal 
purchasing requirements for energy intensity reduc­
tion and performance standards are represented in 
AE02008 as a result of earlier Executive Orders and 
legislation. Other aspects of these provisions either 
address a level of detail that is not modeled in 
AE02008 or are not included because they depend on 
future appropriations. 
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Provisions under the other Subtitles of Title IV 
address data center efficiency, environmental quality 
in schools, and sustainability and efficiency grants 
and loans for institutions. These provisions are not 
included in AE02008, because they depend on future 
appropriations or address a level of detail that is not 
modeled in NEMS. 

Energy Savings in Government and Public In­
stitutions. Title V contains a variety of provisions, 
including promotion of efficiency and environmental 
measures for the Capitol complex; promotion and per­
manent authorization of energy savings performance 
contracts; standards for Federal purchase of specific 
technologies; and authorization for funding of State 
energy programs, utility efficiency incentives, and 
local energy efficiency block grants. Federal pur­
chasing requirements governing purchases of cost­
effective energy-efficient products are represented in 
AE02008 as a result of earlier Executive Orders and 
legislation. The provisions in EISA2007 Title V are 
not included in AE02008, because they depend on 
future appropriations or address a level of detail that 
is not modeled in NEMS. 

Industrial Sector 

EISA2007 includes several provisions in Titles m and 
IV that could affect energy demand in the U.S. indus­
trial sector; however, provisions in Title VI, Acceler­
ated Research and Development, that may affect 
industrial energy consumption over the long term are 
not included in AE02008. 

Section 313 of Title III increases or creates minimum 
efficiency standards for newly manufactured general­
purpose electric motors that must be met within 3 
years of enactment (Table 2). Efficiency standards 
for general-purpose, integral-horsepower induction 
motors are raised, with the exception of f:tre pump 
motors. Minimum standards are created for seven 
types of poly-phase, integral-horsepower induction 
motors and NEMA design B motors (201 to 500 horse­
power) not covered under the previous standards 

Table 2. Representative efliciency standards 
for enclosed motors (percent) 

Horsepo111er 8PACT1992 
1 82.5 
5 87.5 

20 91.0 
50 93.0 

100 94.5 
200 96.0 
500 

EISA2007 
85.5 
89.5 
93.0 
!14.5 
95.4 
96.2 
96.2 

in the Energy Policy Act of 1992 (EPACT1992). These 
standards are included in AE02008 for industrial 
motor additions. 

Sections 451, 452, and 453 direct the EPA to survey 
all major industrial combustion sources and create a 
registry of the quantity and quality of waste energy at 
each site. DOE may provide up to 50 percent of the 
funding for a feasibility study to determine whether 
the waste heat can be captured with a 5-year payback. 
In addition, DOE is authorized to provide grants of 
nearly $200 million per year to industrial partner­
ships for research on energy savings. Finally, these 
sections create a program that collects best practices, 
designs, processes, and innovations for building en­
ergy-efficient data centers. These provisions are not 
funded and are not included in AE02008. 

Transportation Sector 

EISA2007 Title 1, Section 102, requires that the aver­
age manufacturer's fleet fuel economy for cars and 
light-duty trucks be increased, starting in 2011, to an 
average of 35 mpg by 2020, based on the EPA test 
value used to measure compliance with the CAFE 
standard. The EPA CAFE test value generally differs 
from the estimated mpg value on the fuel economy 
label and, typically, exceeds the actual on-the-road 
fuel economy of a new vehicle by a significant margin. 
For model years 2021 through 2030, Section 102 
specifies that the average fuel economy must be set 
at the maximum feasible average for each fleet. In 
AE02008, fuel economy standards for LDVs are 
assumed to remain at the 2020 level. AE02008 in­
cludes attribute-based fuel economy standards for 
light trucks, given vehicle footprint [10] and sales 
share. It uses these fuel economy curves to achieve 
the overall fleet fuel economy standard of 35 mpg. 
The fuel economy standards for cars are not attrib­
ute-based, but they apply to the manufacturer's fleet 
ofboth domestic and imported vehicles. InAE02008, 
the fuel economy standard for cars is assumed to 
increase from 27.5 mpg in 2010 to 41.0 mpg in 2020. 
For light trucks, the footprint-based average fleet fuel 
economy standard increases from 24.0 mpg in 2011 to 
31.0 mpg in 2020. 

Section 103 requires the development of fuel economy 
standards for work trucks--8,500 pounds to less than 
10,000 pounds gross vehicle weight rating (GVWR)­
and commercial medium- and heavy-duty on-highway 
vehicles (GVWR 10,000 pounds or more). The new 
fuel economy standards require consideration of 
vehicle attributes and duty requirements and can 
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prescribe standards for different vehicle classes, such 
as buses used in urban operation or semi-trucks used 
primarily in highway operation. Section 103 provides 
a minimum lead time of four full model years before 
the new fuel economy standard is adopted, and a min­
imum of three full model years after the new fuel 
economy standard has been established before the 
fuel economy standards for work trucks can be modi­
fied. Because these fuel economy standards are pend­
ing, and because NEMS currently does not model fuel 
economy regulations for work trucks or commercial 
medium- and heavy-duty vehicles, this aspect of 
EISA2007 is not included in AE02008. 

Section 104 establishes a fuel economy credit trading 
program. Currently, CAFE credits earned by manu­
facturers can be banked for up to 3 years and can be 
applied only to the fleets (car or light truck) from 
which the credits were earned. Starting in model year 
2011, the credit trading program will allow manufac­
turers whose vehicles exceed the minimum fuel econ­
omy standards to earn credits that can be sold to 
other manufacturers whose vehicles fail to achieve 
the prescribed standards. The credit trading program 
is designed to ensure that the total fuel savings for 
manufacturers exceeding the prescribed standards 
are preserved when credits are sold to manufacturers 
not achieving the standards. 

The credit trading program begins in 2011, and 
EISA2007 allows manufacturers to apply credits 
earned to any of the three model years before the 
model year for which they are earned and to any of 
the five model years after the credits are earned. 
Credit transfers within a manufacturer's fleet are 
limited to specific maximums: 1.0 mpg for model 
years 2011 through 2013, 1.5 mpg for model years 
2014 through 2017, and 2.0 mpg for model years 2018 
and later. NEMS currently allows for sensitivity anal­
ysis of CAFE credit banking by manufacturer fleet 
but does not model the trading of credits among dif­
ferent manufacturers. Consequently, AE02008 does 
not include trading of fuel economy credits. 

Section 109 extends the CAFE credits specified under 
AMFA through 2019. Before the passage of EISA-
2007, the CAFE credits under AMF A were scheduled 
to expire after model year 2010. Currently, 1.2 mpg is 
the maximum CAFE credit that can be earned for 
selling alternative-fuel vehicles. EISA2007 extends 
the 1.2 mpg credit maximum through 2014 and 
reduces the maximum by 0.2 mpg for each following 
year until it is phased out by model year 2020. NEMS 
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currently does not model CAFE credits earned from 
alternative-fuel vehicles sales, andAE02008 does not 
consider this section ofEISA2007. 

Petroleum, Ethanol, and Biofuels 

This section summarizes the numerous provisions 
of EISA2007 affecting the supply, composition, and 
refining of petroleum and related products that are 
included in AE02008. 

Renewable Fuels Standard 

EISA2007 Title II, in Subtitles A and B, includes an 
updated RFS that increases the requirement for to­
tal U.S. consumption of renewable fuels from the 7.5 
billion gallons in 2012 as specified in EPACT2005 to 
86 billion gallons in 2022. Mandates are~----­

specific types of renewable fuels, including both con-
ventional biofuels (corn-based ethanol) and advanced 
biofuels that are not derived from corn starch (such as 
cellulosic ethanol, butanol, or diesel products and 
biomass-based diesel [11]. 

The advanced biofuel requirement comes into effect 
in 2009 at 0.6 billion gallons and rises to 21 billion gal­
lons in 2022. In 2015 and thereafter, the maximum 
amount of corn-based ethanol that can be applied to 
the overall RFS is 15 billion gallons. The cellulosic 
biofuel requirement starts in 2010 at 0.1 billion gal­
lons and rises to 16 billion gallons in 2022. The bio­
mass-based diesel requirement begins at 0.5 billion 
gallons in 2009 and rises to 1 billion gallons in 2012, 
with the remaining years to be determined by the 
EPA Administrator. 

EISA2007 also establishes a life-cycle GHG standard 
for biofuels. The GHG standard for all biofuels is 
based on the 2005 emission level for the particular 
type of transportation fuel. Corn-based ethanol 
must achieve a 20-percent reduction in life-cycle 
GHG emissions, which would disqualify future corn 
ethanol production facilities that use coal for process 
heat. In addition to being defined as not being 
derived from corn starch, advanced biofuels are 
further defmed as any renewable fuels that reduce 
emissions by at least 50 percent. Finally, 60 percent 
or more of the reduction in emissions must be 
achieved before any cellulosic biofuel can qualify 
under that category. 

Given uncertainty about whether the new RFS sched­
ule can be achieved, EISA2007 contains a general 
waiver based on technical, economic, or environ­
mental feasibility. In addition, the cellulosic biofuel 
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mandate includes a credit program that is activated 
only in years when the mandated level of cellulosic 
biofuel is judged by the EPA Administrator as un­
likely to be met. For all the fuel mandates, ifthere is a 
20-percent deficit in more than two consecutive years 
or a 50-percent deficit in any one year, regulatory 
adjustment mechanisms are provided to lower the 
mandated levels from that point forward. This rule, 
which could be enacted by the EPA Administrator no 
sooner than 2016, would modify all applicable vol­
umes (including the overall and advanced biofuel 
totals) for all subsequent years. 

The RFS is included in AE02008, with cellulosic 
biofuel credit and waiver provisions that are consis­
tent with those in the existing law. Actual renewable 
fuel supplies in any year are allowed to exceed the 
minimum RFS requirements, depending on the 
availability of technology and feedstocks and the rela­
tive costs of renewable fuels and competing petro­
leum products. Because the RFS does not explicitly 
specify the level of the mandate after 2022, AE02008 
assumes that it will remain at the 2022 level through 
2030. 

In order to achieve the biofuel consumption levels 
mandated in EISA2007, significantly more biofuels 
must be consumed than can be blended into gasoline 
as E10. Other than requiring studies involving 
ethanol pipelines and similar infrastructure issues, 
EISA2007 does not directly provide for infrastructure 
improvements that may be necessary. In AE02008, 
the amount of ethanol in excess of what can be con­
sumed in E10 is assumed to be used in E85. Flexible­
fuel vehicles are assumed to be available in sufficient 
numbers to use the required amounts ofE85, and E85 
distribution infrastructure is assumed to be built over 
a technically practicable period. The infrastructure 
development costs are spread across all transporta­
tion fuels. 

E85 infrastructure costs potentially could be reduced 
if biobutanol or ethanol-gasoline blends containing 
more than 10 percent ethanol (other than E85) were 
able to meet a significant portion of the RFS; how­
ever, AE02008 assumes that neither will actually 
contribute to meeting the EISA2007 mandates. At 
present there is little commercial activity for 
biobutanol, and only a few tests are under way [12]. 
Automakers and engine manufacturers are con­
cerned about ethanol-related problems in vehicles 
built to run on gasoline blends no higher than 
E10, because higher ethanol blends are corrosive to 

engines not designed to handle them, and their use 
could adversely affect performance and cause vehicle 
warranties to be voided [13]. 

Amortization of Geological and Geophysical 
Expenditures 

EISA2007 extends the 5-year amortization period 
for geological and geophysical expenditures by major 
integrated oil companies to 7 years as of the enact­
ment of the bill. Because the NEMS oil and gas supply 
model does not directly represent geological and geo­
physical expenditures, this change is not included in 
AE02008. 

Electricity 

EISA2007 includes few provisions that affect elec­
tricity generation or transmission. Title XIII, Smart 
Grid, promotes a modernization of the electricity 
transmission and distribution system to strengthen 
reliability and energy efficiency. Funding is provided 
for research and demonstration projects, as well as 
matching funds for qualifying investments. States are 
to encourage, but not require, utilities to adopt smart 
grid technology and allow them to recover their costs 
through rate increases. The bill does not include 
enough specific information to support NEMS projec­
tions of changes in investment or prices for electricity 
transmission and distribution, but it is implicitly 
assumed in AE02008 that electricity will be provided 
reliably. 

Coal 

Industries that rely on coal could benefit from EISA-
2007 Title VII, Carbon Capture and Sequestration, if 
C02 emissions are restricted in the future. Sections 
702 through 711 expand authorized funding and pro­
vide greater detail on the carbon capture and develop­
ment program originally established in EPACT2005, 
Section 963. EISA2007 Sections 702 through 711 are 
not included in AE02008, because the authorized 
funds have not been appropriated and the effects 
of the included research, development, and other 
projects are uncertain. 

Section 702 authorizes $240 million per year from 
2008 through 2012 for carbon sequestration projects, 
an increase from the amount authorized in EPACT-
2005. Among the R&D programs supported under 
Section 702 are the development of a minimum 
of seven large-scale geologic sequestration pro­
jects, with each project capable of injecting at least 
1 million tons of C02 annually. Geologic formations 
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that potentially could be used for sequestration in­
clude operating or depleted oil and natural gas fields, 
unmineable coal seams, deep saline or basalt forma­
tions, and deep geologic resources from which eco­
nomical geothermal heat is extracted. Monitoring, 
mitigation, and verification of C02 containment are 
also required under Section 702. 

Section 703 authorizes additional funding of $200 
million per year from 2009 through 2013 for R&D 
projects focused on capture, ·purification, compres­
sion, transportation, and injection of C02 emitted 
from industry sources. In the decision to undertake 
Section 703 projects, the Secretary of Energy may 
prioritize projects that include sequestration pro­
grams described under Section 702; however, 

--integration is not a requirement for funding. As 
noted above, these R&D provisions are not included 
inAE02008. 

0 

0 

Section 706 recognizes that the CCS program must 
adhere to the Safe Drinking Water Act. Additional 
provisions in EISA2007 authorize funds for the edu­
cation and training of individuals to work in the CCS 
field. None of these provisions is specifically reflected 
inAE02008. 

Section 711 requires the Secretary of the Interior and 
the Director _of the United States Geological Survey 
(USGS) to develop an assessment of the potential, 
including geographical extent and capacity, of geo­
logic formations to sequester carbon. The Secretary 
of Energy and the Secretary of the Interior are 
further charged with the responsibility for creating 
a database of possible sequestration sites, ranked by 
capacity and risk. Section 711 authorizes total fund­
ing of $30 million from 2008 through 2012. This sec­
tion does not pertain directly to AE02008 and is not 
included. 

Renewable Energy 

In addition to the renewable energy provisions affect­
ing the transportation, industrial, and buildings 
sectors, EISA2007 contains provisions authorizing 
several R&D programs for renewable energy use in 
the electric power sector. Specifically, Title VI calls 
for renewed, new, or enhanced R&D, educational, 
and technology transfer programs in the areas of 
solar energy (Sections 601-607), geothermal energy 
(Sections 611-625), and marine and hydrokinetic 
energy (Sections 631-636). Section 656 authorizes 
the Renewable Energy Innovation Manufacturing 
Partnership to advance manufacturing methods 
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that use renewable energy. Appropriations for the 
authorized programs are not provided in the bill, 
however, and the programs are not included in 
AE02008. 

Other titles in EISA2007 contain provisions directly 
related to renewable electricity generation, but they 
either call for programs to be established or require 
specific appropriations that have not been made and, 
therefore, are not included in AE02008. Section 803 
authorizes direct grants for eligible renewable energy 
development projects. Section 806 is a nonbinding 
"sense of the Congress" statement that the Nation 
should strive to achieve a 25-percent renewable share 
of total energy consumption by 2025, while also pro­
viding sufficient food, feed, and fiber from agricul-

~--~~----~~~~~~~~--~---~~------- - ---
tural resources. This statement does not contain any 
enforceable provisions or require any specific policy 
actions. Section 807 requires the Secretary oflnterior 
to compile a comprehensive assessment of domestic 
geothermal resources. Section 1002 calls for the es­
tablishment of a workforce training program for 
trades related to renewable and energy efficiency. 
Section 1201 establishes a loan program for small 
businesses that want to purchase renewable energy 
or energy efficiency systems. Section 1207 establishes 
a program to support venture capital funding for new 
renewable energy businesses. 

Federal Fuels Taxes and Tax Credits 

The AE02008 reference case incorporates current 
regulations that pertain to the energy industry. This 
section describes the handling of Federal taxes and 
tax credits in AE02008, focusing primarily on areas 
where regillations have changed or the handling of 
taxes or tax credits has been updated. 

Excise Taxes on Highway Fuel 

The handling of Federal highway fuel taxes remains 
unchanged from AE02007 [14]. Gasoline is assumed 
to be taxed at 18.4 cents per gallon, diesel at 24.4 
cents per gallon, and kerosene jet fuel at 4.4 cents per 
gallon [15]. Taxes are not adjusted for inflation and 
remain at the same nominal values throughout the 
projections. State fuel taxes are calculated on the ba­
sis of a volume-weighted average of gasoline, diesel, 
and jet fuels sold. The handling of State fuel taxes was 
updated as of July 2007 [16]. 

Biofuels Tax Credits 

The most significant change for AE02008 is in the 
handling of Federal fuels taxes and credits that 
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pertain to biofuels. Several Federal tax credits are 
available for liquid fuel blenders who blend ethanol 
into gasoline or biodiesel into diesel fuel or heating 
oil. Under the Volumetric Ethanol Excise Tax Credit 
(VEETC) [17], blenders are eligible for a tax credit of 
$0.51 per gallon of ethanol blended. Thus, the tax 
credit is equal to $0.051 per gallon for E10 and $0.434 
per gallon for E85 [18]. The credit is scheduled to 
expire at the end of2010. Biodiesel also receives a tax 
credit under VEETC, equal to $1.00 per gallon for 
"agri-biodiesel" and $0.50 per gallon for "waste­
grease biodiesel" made from recycled vegetable oils 
and animal fats. Currently, the credits are scheduled 
to expire in 2008 [19, 20]. In AE02008, both tax 
credits are assumed to expire according to the provi­
sions of existing laws [21]. 

EPACT2005 provides small producers of ethanol, up 
to 60 million gallons [22], with an income tax credit of 
$0.10 per gallon on production volumes up to 15 mil­
lion gallons. Because the credit affects only a small 
portion of the overall ethanol supply and is scheduled 
to expire on December 31, 2008, it is not included in 
AE02008. 

Ethanol Import Tariff 

Two duties currently are imposed on imported etha­
nol. The first is an ad valorem tariff of2.5 percent; the 
second is a tariff of $0.54 per gallon, which is applied 
after the ad valorem tariff. The second tariff, which 
was set to expire in October 2007 but has been ex­
tended to January 1, 2009, allows for limited duty­
free imports from designated Central American and 
Caribbean countries, not exceeding 7 percent of do­
mestic production in the previous year. In the 
AE02008 projections, ethanol imports increase after 
the tariff expires. 

Production Tax Credits for 
Renewable Electricity Production 

The handling of the Federal PTC for renewable elec­
tricity has been updated for AE02008 to be consistent 
with current legislation. The PTC, which was set to 
expire on December 31, 2007, was extended to Decem­
ber 31, 2008, by the Tax Relief and Health Care Act of 
2006, Public Law (P .L.) 109-432. It provides a benefit 
of $0.020 per kilowatthour (real 2007 dollars) for the 
first 10 years of an eligible renewable energy facility's 
operation, boosting the growth of U.S. wind capacity 
in the near term. In the AE02008 reference case, 
wind capacity in the electric power sector grows from 
15.9 gigawatts in 2007 to 20.2 gigawatts in 2008, as 

compared with the AE02007 projection of 16.6 giga­
watts in 2008. 

Mobile Source Air Toxics Rule 

On February 9, 2007, the EPA released its MSAT2 
rule, which will establish controls on gasoline, 
passenger vehicles, and portable fuel containers. The 
controls are designed to reduce emissions of benzene 
and other hazardous air pollutants [23] . Benzene is 
a known carcinogen, and the EPA estimates that 
mobile sources produced more than 70 percent of all 
benzene emissions in 1999. Other mobile source air 
taxies, including 1,3-butadiene, formaldehyde, acetal­
dehyde, acrolein, and naphthalene, also are thought 
to increase cancer rates or contribute to other serious 
health problems. The MSAT2 rule sets a revised spec­
ification for benzene, which will take effect in 2011. 
The regulations on passenger vehicles, which will 
control hydrocarbon emissions in colder tempera­
tures, will be implemented from 2010 to 2015. The 
rule also sets more stringent controls on portable fuel 
containers, beginning in 2009. 

The MSAT2 rule has been included in AE02008 by 
modifying the NEMS representation of refmery pro­
cessing of catalytic reformer feed. Although virtually 
every refinery will meet the requirement in a differ­
ent way, most will involve treatment of the feed or 
product or the operation of the catalytic reformer. 

Beginning on January 1, 2011, all gasoline products 
(including both reformulated and conventional 
gasoline) produced at refineries will be required to 
contain no more than 0.62 percent benzene by vol­
ume. (This does not apply to gasoline produced or sold 
in California, which is already covered by the current 
California Phase 3 Reformulated Gasoline program.) 
Approved small refineries will be required to conform 
to the rule by 2015. The second part of the standard 
requires that the actual average benzene levels that 
each refmery produces be no greater than 1.3 percent 
by volume by July 1, 2012 (July 1, 2016 for small 
refiners). The actual level is the level reached without 
use of any credits. 

The published rule for gasoline benzene control in­
cludes an averaging, banking, and trading (ABT) 
program that is consistent with past EPA fuel regula­
tions, allowing refiners to choose the most economical 
compliance strategy to meet the 0.62-percent annual 
average standard either by investing in new technol­
ogy or by buying credits from the ABT program. 
From 2007 to 2010, the ABT program allows refmers 
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and FY 2009 [26] and allocated the $38.5 billion 
cap as follows: $18.5 billion for nuclear plants; $6 
billion for carbon capture technologies; $2 billion for 
advanced coal gasification units; $2 billion for 
"advanced nuclear facilities for the 'front end' of the 
nuclear fuel cycle"; and $10 billion for technologies 
related to renewables, energy conservation, distrib­
uted energy, and electricity generation, transmission, 
and distribution. 

to build "early credits" by making qualifying benzene 
reductions earlier than required. In 2011 and beyond, 
refiners and importers can generate "standard cred­
its" by producing or importing gasoline with benzene 
levels below 0.62 volume percent on an annual 
average basis. The credits will be interchangeable 
between refiners and importers nationwide and can 
be ''banked" for future use. The 3-year lag following 
establishment of the credit program provides the time 
necessary for small refmers to finish capital projects 
that are needed to meet the new standards without The guidelines that accompanied the August 2006 
relying on credits. The rule also establishes a tempo- solicitation-which stated that DOE would only guar-
rary hardship provision, which will provide refmers antee up to 80 percent of a project's debt-were 
and importers with temporary relief from the criticized by some in the investment community and 
benzene standards under certain rare circumstances the nuclear industry for failing to take maximum 
Jsuch..as..a_r_efinecy_fir.e_or naturaLdisasterl. _ _ _ ___ .advantage of the loan guarantee provision in EPACT-

2005, which allows DOE to guarantee up to 80 per-
EPACT2005 Loan Guarantee Program cent of a project's cost [27]. The final rule that 

Title XVII of EPACT2005 authorized DOE to issue formalized the guidelines, issued in October 2007, al-
lows for up to 100 percent of the project debt to be 

loan guarantees for projects involving new or im- guaranteed. This approach was codified in EISA2007. 
proved technologies to avoid, reduce, or sequester 
GHGs. The law specified that the amount of the guar­
antee would be up to 80 percent of a project's cost. 
EPACT2005 _also specified that DOE must receive 
funds equal to the "subsidy cost" either through the 
Federal appropriations process or from the fll'Dl re­
ceiving the guarantee [24]. As discussed inAE02007, 
this program, by lowering borrowing costs, can have a 
major impact on the economics of capital-intensive 
technologies [25]. 

In August 2006, DOE announced its first solicitation 
for $2 billion in loan guarantees. Even though the 
entire subsidy costs would be paid by successful appli­
cants, DOE believed that authorization from Con­
gress in an appropriations bill was required, and 
because there was no such authorization at the time, 
the requests were considered "pre-applications." 
Consequently, the effects of the solicitation were 
not included in AE02007. In February 2007, DOE 
did receive authorization to issue a total of $4 billion 
in guarantees. To codify DOE's view that authoriza­
tion is needed, the omnibus appropriations bill for 
FY 200$ passed by Congress in December 2007 
(H.R. 2764) and its accompanying conference report 
required DOE to submit a loan guarantee implemen­
tation plan to both the House and Senate Appropria­
tions Committees for approval 45 days before DOE 
issues any future solicitations. 

The conference report also directed DOE "to make 
no authority in excess or• $38.5 billion for FY 2008 

Because future solicitations have not yet been issued 
and remain subject to approval of a loan guarantee 
implementation plan by the Appropriations Commit­
tees, only the effects of the August 2006 solicitation 
are included in AE02008. Table 3 summarizes the 
number of applications and the requested amounts 
that could be guaranteed for various technologies in 
the solicitation. In total, DOE received 143 applica­
tions for $27 billion in loan guarantees for projects 
costing $51 billion [28]. In October 2007, DOE 
released information about the 16 projects and spon­
sors that will be invited to submit full applications. 
Because the fmal approval process will take some 
time, AE02008 assumes that the dollar amount of the 
approved guarantees will be roughly proportional 
to the requested guarantees. Accordingly, AE02008 
includes an additional 1.2 gigawatts of capacity at 
advanced coal-fired power plants and 250 megawatts 
at solar power plants that are built as a result of the 
loan program. (The other projects in the October 2007 
announcement were for technologies that are outside 
the scope of AE02008.) 

State Renewable Energy Requirements 
and Goals: Update Through 2007 

In recent years, the AEO has tracked the growing 
number of States that have adopted requirements or 
goals for renewable energy. While there is no Federal 
renewable generation mandate, the States have been 
adopting such standards for some time. AE02005 
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provided a summary of all existing programs in effect 
at that time [29], and subsequent AEOs have exam­
ined new policies or changes to existing ones [30,31]. 
Since the publication of AE02007, four States have 
enacted new RPS legislation, and five others have 
strengthened their existing RPS programs. In total, 
25 States and the District of Columbia now have man­
datory RPS programs (Table 4). At least four other 
States-Missouri, North Dakota, Vermont, and Vir­
ginia-have voluntary renewable energy programs. 

All mandatory State RPS programs enacted as of 
the end of 2007 are represented in the AE02008 
reference case. While States differ in aspects such 
as eligible generation technologies and compliance 
penalties, a regional representation was created for 
modeling purposes. With the exception of California 
and New York, where eligible future renewable gen­
eration is uncertain because of funding limitations for 
State-supported programs, all States were assumed 
to meet their program targets, consistent with region­
ally aggregated compliance schedules. EIA estimated 
compliance generation in California and New York 
based on regional costs and authorized funding levels. 
In estimating diverse State mandates on a regional 
level, some precision is lost; however, including the 
State RPS programs in the reference case results in a 
better projection that is more consistent with current 
legislation and regulation. If recent trends continue, 
the State RPS programs will exert growing influence 
over the national energy mix. 

Four States enacted new mandatory RPS programs 
over the past year: 

New Hampshire. In May 2007, the State enacted an 
RPS which requires that the renewable share of 
energy consumed for electricity generation increase 
through 2025, reaching nearly 24 percent by 2025 
[32]. Approximately 16 percent of all electricity sales 
must be from renewable facilities that begin opera­
tion after 2006. New Hampshire will collaborate 
with the New England control area to establish a 

renewable energy certificate (REC) program. Eligible 
generation must occur within New England or be con­
sumed by costumers in the area. In this legislation, 
different renewable technologies are given distinct 
classifications with minimum generation require­
ments and compliance penalties. Solar power, which 
has the highest compliance penalty, must make up 0.3 
percent of total sales by 2015 to reach the mandate. 

North Carolina. The State established an RPS in 
August 2007 with different targets for inves­
tor-owned utilities, municipal suppliers, and electric 
cooperatives [33]. Investor-owned utilities must gen­
erate 12.5 percent of their total electric sales from re­
newable generation sources by 2021. Until 2018, 
one-quarter of this requirement can be met through 
the implementation of energy efficiency technologies. 
After 2018,40 percent of the requirement can be met 
through the use of energy efficiency technologies. 
Municipal suppliers and electric cooperatives have a 
renewable mandate of 10 percent of retail electricity 
sales by 2018. In addition to the energy efficiency pro­
vision, municipal suppliers and electric cooperatives 
may meet a majority of the mandate through de­
mand-side management and the use of large hydro­
electric facilities. North Carolina will use an REC 
market, and limited out-of-State generation qualifies 
in meeting the RPS. 

Oregon. The State enacted an RPS in June 2007, 
with standards that vary according to the size of the 
electricity provider [34]. Larger utilities must pro­
duce 25 percent of their electricity sales from renew­
able resources by 2025. Medium-sized suppliers have 
a 10-percent requirement and small providers a 5-
percent requirement. Any renewable power plant 
coming online after 1995 is considered eligible toward 
meeting the State renewable energy goal. Oregon will 
use an REC market exclusive to the State, and credits 
will be capped at a price yet to be determined. 

Washington. Voters approved Initiative 937 in 
November 2006, enacting the Nation's second ballot 

Table 3. Summary of DOE's August 2006 loan guarantee solicitation 

Teclanolot& 

Biomass 
Advanced fossi l fuel 
Solar 
Energy efficiency 
Other 
Total 

26 

ApplkotioFUI Project coat. 
Amount 

N umber Percent of total (billion d6llan) Pereent of total 

70 49 6 11 
23 16 36 69 
17 12 3 6 
9 6 4 7 

24 17 4 7 
143 100 62 100 
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Table 4. State nmewable portfolio standards 
State Program mandate 

AZ 

CA 

co 

CT 

DE 

DC 

HI 

IL 

lA 

ME 

MD 

MA 

ACC Decision No. 69127 requires 15 percent of sales ro be renewable by 2025, with interim goals increasing annually. A specific 
percentage of the target must be from distributed generation. Multiple credits may be given for solar generation and in-State 
manufactured systems. 

Public Utilities Code, Section 399.11-399.20, mandates that 20 percent of sales be renewable by 2010. There are also longer-term 
goals. Renewable projects with above-market costs will be funded by supplemental energy payments from a limited fund, possibly 
limiting renewable generation below the 20-percent requirement. 

House Bill1281 strengthened the renewable target ro 20 percent by 2020 for invesror-owned utilities. There is a 10-percent 
requirement in the same year for cooperative and municipal utilities. Moreover, 2 percent of rotal sales by i.nvesror-owned utilities 
must be from solar power. In-State generation receives a 26-percent credit premium. 

Public Act 07-242 strengthened the original RPS provisions and mandated a 27-percent renewable sales requirement by 2020. 
Included in the total is a 4-percent mandate from greater efficiency or CHP systems. Three percent of the overall rotal may be met 
from waste-to-energy facilities and conventional biomass. 

Senate Bill 19 strengthened the RPS ro 20 percent of sales by 2019. There is a separate requirement for solar generation (2 percent of 
the rotal), and compliance failure results in higher penalty payments. Solar technologies receive triple credits. 

Enacted in 2005, the RPS mandates that 11 percent of sales be renewables by 2022. Some technologies receive bonus credits and 
awards for early installations of renewable systems. 

Senate Bill 3185 amended the RPS ro increase the mandate ro 20 percent by 2020. All uisting renewable facilities are eligible in 
meeting the target, whiCh haS two interim milf!8t0nes. 

Public Act 095-0481 created an agency responsible for overseeing the mandate of 25 percent renewable sales by 2025. There are 
escalating annual targets, and 75 percent of the requirements must be from wind-generated electricity. The plan also includes a cap 
on the incremental costs added from renewable penetration. 

An RPS mandating 106 megawatts of renewable energy copadty has already been e:zceeded. 
In 2007, Public Law 403 added ro the State's RPS requirements. Originally a mandate of 30 percent renewable generation by 2000 
was set ro be lower than current generation. The new law states that new renewable resource capacity must increase ro 10 percent of 
electricity'generation by 2017 and in the subsequent years. The years leading up ro 2017 also have new capacity milesrones. 

Senate BiU 595 revised the RPS ro contain a 9.5-percent target by 2022. Moreover, renewable generation technologies are categorized 
inro differing share requirements. Penalty payments for compliance shortfalls were also determined. 

The RPS has a 4-percent renewable sales rotal by 2009 with an optional l -percent annual increase thereafter (not reflected in 
AE02008).' The State also imposes penalty payments for compliance shortfalls. 

MN Senate Bill 4 created a 30-percent renewable requirement by 2020 for Xcel, the State's largest supplier, and a 25-percent requirement 
by 2025 for others. Also specified was the creation of a State co.p-ond-trode program that will assist the program's implementation. 

MT 

NV 

NH 

NJ 

NM 

NY 

N C 

OR 

PA 

RI 

TX 

WA 

WI 

House Bill 681 expanded the RPS provisions ro aU suppliers. Initially the law covered only public utilities. A 15-percent share of 
sales must be renewable by 2015. The State operates an REC market. 

Established in 1997 and revised in 2005, the State's escalating target reaches 20 percent by 2015. Up ro one-quarter may be met 
through efficiency measures. There is also a minimum requirement and bonus requirements for solar resources. 

House Bill873legislated that 23.8 percent of sales must be renewable by 2025. 16.3 percent of rotal sales must be from renewable 
facili ties that have begun operation after 2006. Compliance penalties vary by generation type. 

In 2006, the RPS was revised ro increase renewable energy targets. The current level for renewable generation is 22.5 percent of sales 
by 2021 , with interim targets. There are different requirements for different technologies, including a 2-percent solar mandate. 

Senate B ill 418 directs invesUJr-{)wned utilities ro have 20 percent of their sales renewable by 2020. The renewable portfolio must 
consist of diversified technoloCies, and wind and solar each must account for 20 percent of the target. There is a separate 10-percent 
standard by 2020 for cooperatives. 

The Public Service Commission issued RPS rules in 2006 that caU for renewable sales of 24 percent by 2013, from current levels of 
19percent. 

Senate Bill3 created an RPS of 12.5 percent by 2021 for invesror-owned utilities. There is also a 10-percent requirement by 2018 for 
cooperative and municipal suppliers. Through 2018, OTII!·quarter of the target may be met through efficiency standards; that 
proportion increases ro 40 percent in later years. 

In J une 2007, Senate B iU 838 required renewable targets of 25 percent by 2025 for large utilities and 5 ro 10 percent by 2025 for 
smaller utilities. Any source of renewable electricity on line after 1995 is considered eligible. Compliance penalty co.ps have not been 
determined. 

T he Alternative Energy Portfolio Standard has an 18-percent requirement by 2020. At least 8 percent of the sales must be renewables, 
but there is also a provision that allows for certain coal resources ro receive credits. 

The program requires 16 percent of total sales robe renewable by 2020. The interim program targets escalate more rapidly in later 
years. If the target is not met, a generoror must make an alternative compliance payment. 

Senate B ill 20 strengthened the State 's RPS ro mandate 5,880 megawatts of renewable capacity by 2015. There is also a target of 500 
megawatts of renewable capacity other than wind. 

Voters approved Initiative 937, which specifies that 15 percent of sales from the State 's largest generators must come from renewable 
sources by 2020. T here is an administrative penalty of 5 cents per kilowatthour for noncompliance. Any facility on line after ~999 is 
eligible. 

In March 2006, Senate Bill 459 increased the RPS law ro 10 percent of renewable sales by 2015. Requirements vary by supplier, and 
out-of-State generation is eligible. 
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RPS [35]. The law covers 84 percent of Washington's 
sales, affects the State's 17 largest suppliers, and 
specifies that 15 percent of their electricity load must 
be generated from renewable energy by 2020. Eligible 
generation includes any renewable facility that comes 
on line after 1999. The 17 suppliers also must identity 
feasible areas of conservation and publish implemen­
tation plans to achieve demand reductions. Failure to 
comply with the RPS or the conservation measures 
will result in a penalty to the generator of 5 cents per 
k.ilowatthour of generation. 

Five States significantly changed their existing RPS 
requirements: 

Delaware. The State enacted Senate Bill (S.B.) 19 in 
July 2007, increasing the required RPS from 10 per­
cent to 20 percent of electricity by 2019 [36]. It also 
created a solar photovoltaic (PV) provision under 
which 2 percent of electricity must originate from so­
lar PV by 2019. Both the solar target and the renew­
able target consist of escalating interim milestones. 
The existing schedule of alternative compliance pay­
ments (ACPs) is not affected [37], but the bill does 
provide for separate solar ACPs with a minimum 
value of $250 per megawatthour-much higher than 
the standard ACPs. In-State solar PV generation re­
ceives triple credits toward meeting the RPS. 

Colorado. House Bill 1281 strengthened the RPS 
that was approved by voters in 2004 by increasing 
the amount of renewable energy required in 2015 
from 10 percent to 15 percent of sales [38]. It also 
added the requirement that 20 percent of total elec­
tricity sales by investor-owned utilities must come 
from renewable energy by 2020. Investor-owned utili­
ties also are required to generate 2 percent of their 
sales with solar energy technologies. House Bill 1281 
created a less stringent standard for electric coopera­
tives and municipal utilities, requiring that only 10 
percent of sales be from qualifying sources by 2020. 
It also establishes that generation within Colorado 
receives 125 percent of the value that out-of-State 
energy would earn. 

Connecticut. The State revised its RPS requirement 
in June of 2007 as part of Public Act 07-242 [39]. The 
revisions extended the RPS to 2020, with a 27 -percent 
requirement in that year. Most of the standard is to 
be met through renewable technologies using wind, 
solar, sustainable biomass, and wave energy. Genera­
tion from surrounding States is eligible. There are 
separate rules requiring CHP systems and efficiency 

enhancements (4 percent). Three percent of the total 
may be met from waste-to-heat facilities and conven­
tional biomass. Suppliers that do not comply face a 
penalty of 5.5 cents that will be used to fund renew­
able development. 

Rlinois. In August 2007, the State's voluntary re­
newable goal was replaced by a mandatory RPS [40] . 
Suppliers with more than 100,000 customers are 
required to provide 25 percent of their electricity 
from qualifying facilities by 2025, with several 
interim requirements. Three-quarters of the facilities 
must be wind powered. Until 2011, lower cost in­
State resources must be used unless they are proven 
exhausted, in which case out-of-State generation 
would qualify. After 2011, no preference is given to 
Illinois resources over others in the region. The 
costs associated with the mandates are capped and 
reviewable. 

Minnesota. Minnesota's new RPS regulations be­
came effective in February 2007. They created two 
standards, one for Xcel Energy and another for other 
suppliers [41]. Previously, Minnesota had a voluntary 
standard. The Xcel milestones are the most signifi­
cant, with 30 percent of all power required to come 
from renewable energy by 2020. Approximately 83 
percent of the power from renewables must come 
from wind turbines. Other suppliers, including mu­
nicipal utilities, have until2025 to meet a smaller goal 
of 25 percent. The State Public Utilities Commission 
is still constructing an REC trading system, and the 
role that interstate or interregional credits will play is 
still unknown. 

State Regulations on Airborne Emissions: 
Update Through 2007 

Implementation of the Clean Air Interstate 
Rule 

States are moving forward with implementation 
plans for the Clean Air Interstate Rule (CAIR) [42]. 
The program, promulgated by the EPA in March 
2005, is a cap-and-trade system designed to reduce 
emissions ofS02 and NOx. States originally had until 
March 2007 to submit implementation plans, but the 
deadline has been extended by another year. CAIR 
covers 28 eastern States and the District of Columbia 
States have the option to participate in the cap-and­
trade plan or devise their own plans, which can be 
more stringent than the Federal requirements. To 
date, no State has indicated an intent to form NOx 
and S02 programs with emissions limits stricter than 
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those in CAIR, and it is expected that all States will 
participate in the EPA-administered cap-and-trade 
program. CAIR remains on schedule for implementa­
tion, and AE02008 includes CAIR by assuming that 
all required States will meet only the Federal require­
ment and will trade credits. 

A similar program, the Clean Air Mercury Rule 
(CAMR), was promulgated by the EPA in March 2005 
to reduce emissions of mercury [43]. On February 8, 
2008, the U.S. Court of Appeals found CAMR to be 
unlawful and voided it, ruling that the EPA had not 
proved mercury to be a pollutant eligible for regula­
tion under a less stringent portion of the Clean Air 
Act. Because the court's ruling came too late for EIA 
to remove the CAMR provisions from its analysis, 
AE02(J08 mcludes consideration of CAMR. Regard­
less of CAMR, however, some States have imple­
mented plans calling for mandatory 90-percent cuts 
in mercury emissions from all plants of a certain size. 
More stringent modeling of mercury emissions limits 
in some regions may be necessary when State actions 
have been fmalized. 

' State Greenhouse Gas Initiatives 

RGGI. Since the end of 2006, three additional States 
have joined the Regional Greenhouse Gas Initiative 
(RGGI) [44]. Currently, RGGI includes 10 members: 
Connecticut, Delaware, Maine, Massachusetts, New 
Hampshire, New Jersey, New York, Rhode Island, 
Vermont, and Maryland. 

Although AE02008 does not include RGGI, given 
the current uncertainty about the program's struc­
ture and allowance trading, several States are now 
moving forward with their draft implementation 
plans. Massachusetts, Maine, and New York have 
released public drafts for comment. Each of those 
plans closely follows the model rules published in 
August 2006, requiring that 100 percent of the allow­
ances be auctioned. It is thought that all RGGI States 
are likely to follow the same precedent, with a limited 
number of giveaway credits. RGGI formally begins in 
January 2009. Some States will have to enact legisla­
tion to make the program legally binding, whereas 
others have State agencies that already have such 
authority and do not need to pass new laws. As oflate 
2007, Vermont was the only RGGI State that had 
enacted a new law. 

WCI. In February 2007, the governors of Arizona, 
California, New Mexico, Oregon, and Washington 
established the Western Climate Initiative (WCI). 

Legislation and Regulations 

Utah and the Canadian provinces of British Columbia 
and Manitoba have since joined as full partners. Six 
additional U.S. States and several Canadian prov­
inces participate as observers. The eight full partners 
have agreed to the goal of decreasing emissions to 15 
percent below 2005 levels by 2020, but little else 
about the program has been decided. Although the 
WCI is leaning heavily toward a cap-and-trade sys­
tem, the specifics of covered emissions, State allow­
ance allocations and trading, emissions accounting, 
and offsets-among other items-still are being nego­
tiated. AE02008 does not include the WCI, because it 
remains to be seen how the program will function and 
what the penalties for noncompliance will be. 

WCI has a task force that will assemble a program 
model rule by August 2008. Some WCI partner States 
already have GHG laws or goals, while others, such as 
Utah, do not. The agreement does not override the 
binding GHG laws in California, Oregon, and Wash­
ington, but it does require WCI partners to join the 
Climate Registry, which is a collaboration of 39 U.S. 
States, Canadian provinces, and Mexican states seek­
ing uniform GHG accounting and reporting. 

California. California's S.B. 1368 [45] makes it 
illegal to enter into new long-term contracts to serve 
the State's electricity demand with power plants that 
produce GHG emissions in excess of 1,100 pounds per 
megawatthour of electricity generated-effectively 
prohibiting the construction of new coal-fired facili­
ties without carbon sequestration, even if they are lo­
cated in a neighboring State. AE02008 includes the 
impact of S.B. 1368 through limits on coal-frred elec­
tricity generation serving California. 

California's Assembly Bill (A.B.) 1493, which would 
establish GHG emissions standards for LDVs, is not 
considered in the AE02008 reference case. A.B. 1493 
was signed into law in July 2002, and regulations 
were released by the California Air Resources Board 
in August 2004 and approved by California's Office 
of Administrative Law in September 2005 [46]. The 
emission standards would be applied to light­
duty noncommercial passenger vehicles manufac­
tured for model year 2009 and beyond [47]. The 
standards, specified in terms of C02-equivalent emis-. 
sions, would apply to vehicles in two size classes: 
passenger cars and light-duty trucks with a loaded 
vehicle weight rating of 3, 750 pounds or less; 
and light-duty trucks with a loaded vehicle weight 
rating greater than 3, 750 pounds and a gross 
vehicle weight rating less than 8,500 pounds. The 
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C02-equivalent emissions standard for light trucks 
would include noncommercial passenger trucks be­
tween 8,500 pounds and 10,000 pounds. The regula­
tions were to become effective in January 2006 and 
set near-term emission standards that were to be 
phased in between 2009 and 2012. The mid-term 
emission standards were to be phased in between 
2013 and 2016. After 2016, the emissions standards 
would be left unchanged. 

Before California can implement the GHG emission 
standards for vehicles established in A.B. 1493, it 
must receive a waiver from the U.S. EPA The EPA, 
however, has denied California a waiver to regulate 
GHG emissions from mobile source under the Clean 
Air Act. Expressing concern about the establishment 
of regional emissions standards for new motor vehi­
cles, the EPA reasoned that the effects of climate 
change in California did not support the need for are­
gional standard. 

In October 2003, California, 11 other States, 3 cities, 
and several environmental groups filed a petition in 
the U.S. Court of Appeals, arguing that the EPA 
should regulate GHG emissions from vehicles. In July 
2005, a three-judge panel ruled 2 to 1 in the EPA's fa­
vor, stating that the agency was not required to regu­
late GHGs under the Clean Air Act. The decision was 
overturned in April2007 by the U.S. Supreme Court, 
which ruled that the EPA has authority under Sec­
tion 202 of the Clean Air Act to regulate GHG emis­
sions from automobiles. Nonetheless, on December 
19, 2007, the EPA again denied California's request 
for a waiver [48]. On January 2, 2008, California and 
15 other States sued the EPA, challenging its decision 
to deny the wavier [49]. 

AE02008 also does not include consideration of 
California A.B. 32, which mandates a 25-percent 
reduction in California's GHG emissions by 2020. Im­
plementing regulations have not been drafted and are 
not due to be finalized until January 2012. 

Washington and Oregon. Washington and Oregon 
have joined California in the enactment of State GHG 
legislation. In May 2007, Washington's Governor 
Christine Gregoire signed S.B. 6001 [50], which man­
dates cuts in emissions and performance standards 
for power plants. The legislation targets reductions 
to 1990 emissions levels in the State by 2020, 

to 25 percent below the 1990 levels by 2035, and to 50 
percent below the 1990 levels by 2050. Washington 
has not yet mandated the program specifics, such 
as the type of system that will be used to meet the 
targets. Additional action from the governor, the util­
ities, and the State's transportation commission will 
be required. 

Washington State has also adopted the same stan­
dards included in California S.B. 1368. Oregon, which 
has C02 regulations for natural-gas-fired plants but 
not for other fossil-fuel-based power systems, passed 
its GHG reduction law in August 2007. The law has 
the same 2020 reduction goal as Washington's and 
also requires that emissions growth be capped by 
2010. It establishes the Oregon Global Warming 
Commission, a body will have 25 members with vari­
ous backgrounds who will serve as an advisory board 
to State and local governments. Like Washington and 
California, Oregon has not determined the specific 
procedures to be followed in implementing the re­
quired emissions reductions. 

Other States. Many other States have goals and 
other provisions for GHG reductions and accounting 
of emissions from stationary sources. In May 2007, 
Montana's Governor Brian Schweitzer signed House 
Bill25 [51], which requires any new coal-fired gener­
ating facility to sequester at least 50 percent of the 
C02 it emits. Florida's Governor Charlie Crist signed 
three executive orders [52] over the summer concern­
ing his State's emissions of heat-trapping gases, in­
cluding an overall State goal to bring emissions to 80 
percent below 1990 levels by 2050. An Energy and Cli­
mate Change Action Plan will be developed to deter­
mine how the State of Florida can reach those 
reduction goals. 

ICAP. Ten U.S. States, all of which are participants 
in either RGGI or WCI, have entered the Interna­
tional Carbon Action Partnership (ICAP). ICAP, 
created in October 2007, seeks collaboration among 
carbon trading programs. Members include nine 
European Union countries, the European Commis­
sion, Norway, and New Zealand. Several other 
U.S. States have non-binding goals, carbon registry 
requirements, or energy plans that include recom­
mendations to limit C02 emissions from stationary 
sources, including those described above. 
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Issues in Focus 

Introduction 

Each year, this section of the AEO provides in-depth 
discussions on topics of special interest that may 
affect annual projections, including significant 
changes in assumptions and recent developments in 
technologies for energy production, supply, and 
consumption. In view of recent increases in construc­
tion costs, including the costs of constructing power 
plants, refmeries, and other energy-related facilities, 
this year's topics include a discussion of cost trends 
and the implications for energy markets. Other issues 
discussed this year include the implications of 
increased reliance on natural gas in the electricity 
generation sector, warming weather trends and their 
effects on energy demand, LNG imports, and world 
oil prices and production trends. 

The topics explored in this section represent current, 
emerging issues in energy markets; but many of the 
topics discussed in AEOs published in recent years 
are relevant today. Table 5 provides a list of titles 
from the 2005, 2006, and 2007 AEOs that are likely 
to be of interest to today's readers. They can be found 
on EIA's web site at www.eia.doe.gov/oiaf/aeo/other 
analysis/aeo_analyses. html. 

Impacts of Uncertainty in 
Energy Project Costs 

From the late 1970s through 2002, steel, cement, and 
concrete prices followed a general downward trend. 
Since then, however, iron and steel prices have 
increased by 8 percent in 2003, 10 percent in 2004, 
and 31 percent in 2005. Although iron and steel prices 
declined in 2006, early data for 2007 show another 
increase. Cement and concrete prices, as well as the 

composite cost index for all construction commodi­
ties, have shown similar trends but with smaller 
increases in 2004 and 2005 (Figure 9). 

Recent increases in the costs of basic commodities 
and increases in capital costs for energy equipment 
and facilities could have significant effects on future 
energy supplies and consumption. Higher capital 
costs could change both the competition among fuels 
and technologies and the marginal costs of new 
energy supplies. In the electric power sector, for 
example, capital costs are generally lower for generat­
ing plants that use fossil fuels than for plants that use 
nuclear or renewable fuels. If capital costs increased 
on a proportional basis for plants of all types, then 
capital-intensive nuclear and renewable power plants 
would become even less competitive with fossil-fired 
plants when new capacity is planned. In addition, 
over the long term, higher capital costs would lead to 

Figure 9. Changes in construction commodity costs, 
1973-2007 (constant dollar index,1973=100; 
1981 =100 for cement costs) 
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Table 6. ~analyses from "lBBues in Focw" in recent AEOs 

AE02007 AE02006 

Impacts of Rising Construction and Economic Effects of High Oil Prices 
Equipment Costs on Energy Industries 

Energy Demand: Limits on the Response Changing Trends in the Refining Industry 
to Higher Energy Prices in the End-Use 
Sectors 

Miscellaneous Ekctricity Services Energy Technologies on the Horiztm 
in the Buildings Sector 

IndustrilJl Sector Energy Demand: Advanced Technologies for Light-Duty 
Reuisions for Non-Energy-Intensive Vehicks 
Manufacturing 

Impacts of I11C1'f!a8ed Access to Oil and Nonconventional Liquid Fuels 
Natural Gas Resources in the Lower 48 
Federal Outer Continental Shelf 

Almska Natural Gas Pipeline Developments Mercury Emissions Control Technologies 

Coal Transportation Issues U.S. Greenhouse Gas Intensity and the 
Global Climate Change Initiative 

AE02006 

Changing Trends in the Bulk Chemicals 
and Pulp and Paper Industries 

Fuel Economy of the Light-Duty Vehick 
Fleet 

Production Taz Credit for Renewable 
Electricity Generation 

Distributed Generation in Buildings 

Restricted Natural Gas Supply Casf! 
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higher energy prices, which in turn could slow the 
growth of energy consumption. 

The AE02008 version of NEMS includes updated 
assumptions about the costs of new power plants, the 
costs of drilling and pipeline construction in the oil 
and natural gas industry, refinery costs, and capital 
costs in the LNG supply chain. In the reference case, 
energy project costs are assumed to level off over 
the long term. To examine the effects of different 
assumptions about future costs, high and low energy 
project cost cases were developed, assuming higher 
and lower costs than in the reference case. 

Power Plant Construction 

Issues in Focus 

Oil and Natural Gas Industry 

Exploration and Production 

According to the American Petroleum Institute's 
Joint Association Survey of Drilling Costs (JAS), the 
average real cost of drilling an onshore well almost 
doubled in 2004 and increased by another 10 percent 
in 2005. The increases are attributable in part to the 
increased drilling activity brought on by higher prices 
for crude oil and natural gas; however, there is a great 
deal of uncertainty as to whether the recent escala­
tion in drilling costs represents a fundamental shift in 
the drilling services industry or is a temporary aber­
ration that will be corrected in the near term. 

Natural Gas Pipelines 
In the electric power industry. cost estimates fo,~rMin~di~·c..- -------,.=--,----;--.-:------.----:---=--=----,--.------
vidual construction projects to be completed over the Historical trends in pipeline construction costs are 
next decade have increased by 50 percent or more in more difficult to identify, because the cost data are 
recent years [53]. Increased costs have been reported not readily available; however, average real capital 
for power plants of all types, including coal, nuclear, costs for lower 48 pipeline construction appear to 
natural gas, and wind. The Handy-Whitman index for have increased by some 70 percent over the past 
electric utility construction (which is used as a proxy 3 years. Anecdotal evidence suggests that new esti-
for all electric power industry projects) provides an mates for the cost of constructing an Alaska pipeline 
average cost .. index for six regions in the United are 50 percent higher than the estimates published in 
States, starting from 1973. A simple average of the May 2002, and estimates for a Mackenzie Delta pipe-
regions is used in Figure 10 to show the national line also are higher than the preliminary estimates 
trend for power plant construction relative to the cost from 2003. 
index for construction materials. The two indexes 
diverge in the early 2000s, when power plant con­
struction costs began to show a flat to slightly increas­
ing trend, while general construction costs continued 
to decline. With the sharpest increases in electric util­
ity construction costs occurring over the past 3 years, 
the electric utility construction cost index for 2007 is 
17 percent higher than its low point in 2000. 

Figure 10. Changes in construction commodity costs 
and electric utility construction costs, 1973-2007 
(constant dollar index, 1973=100) 
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LNG Facilities 

Construction cost estimates for new natural gas 
liquefaction facilities scheduled to come on line 
between 2008 and 2011 increased by 50 percent in 
2006 relative to those reported a year earlier for the 
same period. Some of the increase may be due to 
strong growth in demand for LNG liquefaction capac­
ity. This cost pressure will not persist as markets 
adjust and additional projects are announced and 
completed; however, a portion of the increase is due to 
increased material costs, shortage of experienced 
workers, and construction bottlenecks that are likely 
to persist or take longer to resolve. The costs for 
regasification facilities and receiving terminals have 
also increased sharply-by more than 50 percent­
over the past few years. Based on contracts signed be­
tween 2000 and 2006, LNG shipping costs have also 
risen by more than 7 percent over the past few years. 

Petroleum Refineries and Ethanol Plants 

The Nelson-Farrar refinery construction cost index­
es, which track overall costs for refmery construction, 
show a 30-percent increase from 2003 to 2005 in real 
dollar terms. Similarly, the Chemical Engineering 
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Plant Cost Index (CEPCI) shows a significant in­
crease in ethanol plant construction costs over recent 
years. Because there has not been a significant in­
crease in U.S. refining construction activity over the 
past few years, cost increases in the petroleum refm­
ing sector largely reflect higher prices for the various 
commodities used in the refming industry (steel, 
nickel, cobalt, etc.) rather than significant increases 
in demand for refmery services and equipment. 

Case Descriptions 

Reference Case 

The AE02008 reference case includes updated infor­
mation on the current costs of construction and 
investment in the energy industry, based on recent 
data and estimates that show higher costs than were 
assumed for AE02007. In most of the AE02008 cases, 
the higher cost levels are assumed to continue 
throughout the projections. For the electric power 
sector, initial costs for all technologies are 15 percent 
higher than those in AE02007 and continue to be 
higher throughout the projection, although overnight 
costs fall over time as a result of technology learning. 

For the oil and natural gas industry, regional drilling 
costs are calculated annually from econometrically 
derived equations, which are based on historical data 
from the American Petroleum Institute's JAS, and 
estimates of the number of wells being drilled and the 
average depth of each well. The cost increases seen 
after 2003 are represented by an explicit multiplier 
that captures the combined impacts of various cost 
factors other than drilling activity and well depth. In 
the reference case, the cost escalation factor is applied 
and held constant over the projection, but its effect is 
partially offset by an annual technology improvement 
factor that reflects learning and increased efficiency. 

Pipeline construction costs are based on average con­
struction cost data filed between 1992 and 2008, and 
they are assumed to remain constant through 2030. 
The reference case also assumes that the recent, 
higher estimates for an Alaska pipeline and a pipeline 
from the Mackenzie Delta remain constant through 
2030. 

Construction costs for new natural gas liquefaction 
facilities were increased by 50 percent in AE02008 to 
match the 2006 cost estimate for facilities scheduled 
for completion between 2008 and 2011. The construc­
tion costs are assumed to remain constant at that 
level through 2015, then decline to only 15 percent 

above their pre-2006 levels in 2018 as the market 
adjusts, after which the costs are assumed to remain 
constant at the 2018 level through 2030. LNG ship­
ping costs and construction costs for regasification 
.facilities are assumed to be 15 percent and 7 percent 
higher, respectively, than their 2006level throughout 
the AE02008 projection. 

Construction costs for refmeries and for ethanol pro­
duction plants are assumed to remain constant at 
2006levels through 2030, based on the Nelson-Farr 
index and CEPCI, respectively. 

High Energy Project Cost Case 

The high energy project cost case assumes that the 
cost of construction will continue to rise. For electric­
ity generation plants, the base capital cost for all tech­
nologies rises at a rate of 2.5 percent per year­
similar to the average increase over the past 3 years­
through 2030, offset in part by learning effects. 

For the oil and natural gas industry, the escalation 
factor for drilling costs is assumed to increase to twice 
its original value by 2010 and remain constant there­
after. It is offset in part by an annual technology im­
provement factor. Pipeline construction costs are 
assumed to start at the reference case level but grow 
to about 25 percent above the reference case level in 
2030. 

LNG liquefaction costs match the reference case in­
crease through 2008 and add an additional20 percent 
thereafter. Construction costs for LNG regasification 
facilities are 15 percent above the reference case level 
in 2008 and then held constant through 2030. LNG 
shipping costs are increased to 7 percent above the 
reference case level in 2008 and then held constant 
through 2030. 

For the refining sector, construction costs are in­
creased above the reference case level by a factor 
equal to the percentage difference between the 
2004 and 2006 Nelson-Farrar index values and 
held constant. Construction costs for corn and cellu­
losic ethanol plants are treated similarly, using the 
CEPCI. 

Low Energy Project Cost Case 

The low energy project cost case generally assumes 
that the cost of construction will decline to the levels 

0 

0 

of 5 to 10 years ago. For the electricity sector, the 
15-percent capital cost escalation factor included in o 
the reference case is phased out over 10 years, so that 
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overnight construction costs for all generating tech- Because they are the least expensive to build, natural 
nologies are 15 percent lower than those in the refer- gas capacity additions increase in the high energy 
ence case by 2017. project cost case relative to the reference case, meet-

ing 43 percent of new capacity needs. As a result, nat-
For the oil and natural gas industry, the drilling cost ural-gas-frred generation in 2030 is 22 percent higher 
escalation factor applied in the reference case is than in the reference case. Average electricity prices 
phased out by 2010. Pipeline construction costs start in 2030 are 9 percent higher in the high energy pro-
at the reference case level but decline gradually to 

ject cost case than in the reference case. about 25 percent below the reference case level in 
2030. For LNG liquefaction facilities, construction In the low energy project cost case, more capacity of 
costs are reduced gradually from those in the refer- all types except natural gas is added over the projec-
ence case, returning to 2006 levels by 2015 and tion period. The largest increase is in nuclear capacity 
remaining constant thereafter. Similarly, construe- additions, which are 10 gigawatts higher than in 
tion costs for LNG regasification facilities and costs the reference case. Because capital costs make up a 
for LNG shipping costs decline gradually from refer- smaller share of total costs for natural-gas-frred ca-
ence case levels, return to 2006 levels by 2018, and pacity additions than for other technologies, they are 
remain constant thereafter. CJ;Reh>ffhnin:e.,.r""'y--,.,comrmis<rlt:-rrnu.,..ctliinmni--;sli""g:::lh~t~ly~le~s=-=s:-:e:::c::::o=n:-::o=rm~·'-cai-=r.I~n:-:tnh:::e~lr:o=w::--::;en=-e:::r::gy~p:::r::o:r:de::ct~c:;;:o:::st.--------
costs are assumed to return to 2004 levels by 2008 and case and about 3 gigawatts lower than in the refer-
then remain constant through 2030. ence case. The fuel shares of total generation in 2030 
Results are similar in the low energy project cost case and the 

reference case, with a small decrease in the natural 
Electricity: Capacity Additions and gas share (to 13 percent, compared with 14 percent in 
Generation the reference case). The nuclear share of total genera-
The projected mix of generating capacity types added tion increases from 18 percent in the reference case to 
in the electric power sector from 2006 to 2030 does 19 percent in the low energy project cost case. Elec-
not vary significantly among the reference, high tricity prices in 2030 are 4 percent lower in the low 
energy project cost, and low energy project cost cases, energy project cost case than in the reference case. 
because increases or decreases in construction costs 
have similar'impacts on new builds for all technology 
types on a percentage basis. For example, coal-fired 
technologies provide about 40 percent of all new 
capacity additions in each of the three cases. More 
capital-intensive technologies, including nuclear 
and renewables, are affected somewhat more, how­
ever, than those with lower capital costs, including 
natural-gas- and coal-fired plants. 

In the high energy project cost case, coal-frred capac­
ity additions are reduced by 13 gigawatts from the ref­
erence case level, but with higher costs leading to 
higher electricity prices and lower demand, less new 
generating capacity is needed overall. As a result, the 
coal share of new builds remains almost the same as 
in the reference case. The technology most affected is 
nuclear power: no new nuclear capacity is built before 
2030 in the high energy project cost case (Figure 11). 
Renewable capacity additions are 17 percent lower 
than in the reference case, but total generation from 
renewable plants is about the same in order to meet 
the requirements of State and regional RPS pro­
grams. The increase in renewable generation comes 
primarily from biomass co-firing at existing coal 
plants. 

Natural Gas: Supply, Consumption, 
and Prices 

Natural gas supply volumes are determined primarily 
by consumption levels, particularly for electric power 
generation. Capital costs play a role in determining 
the relative shares of total supply derived from con­
ventional, unconventional, LNG imports, and other 
supply categories. 

Figure 11. Additions to U.S. electricity generation 
capacity by fuel in three caaes, 2006-2030 
(gigawatts) 
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Total domestic natural gas production in 2030 differs 
by 1.6 trillion cubic feet between the low and high 
energy project cost cases (Figure 12). Lower 48 
onshore production differs by 1.1 trillion cubic feet 
between the two cases, with conventional and un­
conventional production accounting for 0.6 and 0.5 
trillion cubic feet of the total difference. Production 
from Alaska and offshore production differ by 0.4 
and 0.2 trillion cubic feet, respectively, between the 
low and high energy project cost cases. 

In 2030, total net natural gas imports are 3.1 trillion 
cubic feet in the high energy project cost case and 
3.4 trillion cubic feet in the low energy project cost 
case. LNG imports account for more than 80 percent 
of total net natural gas imports in all the cases, and 
the capital costs for LNG facilities are by far the larg­
est component of LNG supply costs. Net LNG imports 
are 2.5 trillion cubic feet in 2030 in the high energy 
project cost case, compared with 2.8 trillion cubic feet 
in the low energy project cost case. 

The picture for net pipeline imports of natural gas 
from Canada and Mexico is more complex. In the 

Figure 12. U.S. IUJtural gas supply by source 
in three cases, 2030 (trillion cubic feet) 
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Figure 13. U.S. IUJtural gas consumption by sector 
in three cases, 2030 (trillion cubic feet) 
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reference case, because recent cost estimates indicate 
that a Mackenzie Delta pipeline would not be econom­
ical to build [54], net pipeline imports total only 0.3 
trillion cubic feet in 2030. In the low energy project 
cost case, a Mackenzie pipeline would begin operation 
in 2014, providing about 420 billion cubic feet per 
year through 2030; as a result, net pipeline imports to 
the United States total 0.5 trillion cubic feet in 2030. 
In the high energy project cost case, with higher U.S. 
prices for natural gas inducing more production and 
exports from Canada, net U.S. pipeline imports total 
0.6 trillion cubic feet in 2030. 

Differences in total natural gas consumption in the 
energy project cost cases are determined primarily by 
the different amounts used for electricity generation. 
Because coal, nuclear, and renewables are more com­
petitive with natural gas in the low energy project 
cost case and capture a larger share of new capacity 
additions, natural gas consumption in the electric 
power sector in 2030 is 0.4 trillion cubic feet lower 
than the reference case projection of 5.0 trillion cubic 
feet (Figure 13). 

AB a result of the lower level of natural gas use for 
electricity generation in the low energy project cost 
case, total domestic natural gas consumption and 
prices in 2030 are lower than in the reference case: 
consumption by 0.3 trillion cubic feet (from 22.7 tril­
lion cubic feet in the reference case) and wellhead gas 
prices by $0.33 (2006 dollars) per thousand cubic feet 
(from $6.63 in the reference case) (Figure 14). 

In the high energy project cost case, new natural-gas­
fired electricity generation capacity is considerably 
less expensive than competing technologies, and the 
natural gas share of capacity additions increases, 
resulting in higher total consumption and prices for 

Figure 14. U.S. natural gas prices in three cases, 
2000-2030 (2006 dollars per tlwuaand cubic feet) 
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natural gas than in the reference case. The increase in 
consumption for electricity generation leads to higher 
total domestic consumption (by 1.1 trillion cubic feet) 
and higher price levels (by $0.49 per thousand cubic 
feet) for natural gas than in the reference case. 
Because of the higher prices, natural gas consump­
tion in the residential, commercial, and industrial 
sectors in 2030 is lower than projected in the refer­
ence case. 

Petroleum Liquids Supply 

A large part of the domestic oil resource base has been 
produced, and new oil reservoir discoveries are ex­
pected to be smaller, more remote (offshore deep­
water, for example), and more costly to exploit. With a 
few exceEtions-namely, deepwater Gulf of Mexico 

------=-~--= 

and offshore Alaska-the remaining domestic petro-

0 

0 

leum basins have been significantly depleted. Conse­
quently, EOR using miscible C02 is the primary 
extraction technique expected to keep onshore oil 
production at a relatively high level through 2030. 
The assumptions in the low and high energy project 
cost cases were applied only to the domestic resource. 
Depletion of domestic oil resources constrains the 
high and low energy project cost assumptions from 
having a significant impact on domestic oil produc­
tion. The low and high energy project cost cases would 
show larger' impacts if the assumptions were applied 
to world liq~d supplies. 

A slow, continuous decline in oil production is pro­
jected for the onshore United States, even with the 
relatively high oil prices [55]. Future domestic on­
shore oil production is dominated by large oil fields 
that were discovered decades ago, and EOR only 
extends their productive life. For example, although 
the Prudhoe Bay Field started production in 1976, the 
largest share of Alaska's oil production still comes 
from Prudhoe Bay. Although large oil fields on 
Alaska's North Slope came into production more 
recently [56], the long-term trend is for Alaska's 
oil production to decline as the Prudhoe Bay Field 
declines. The AE02008 reference case and low and 
high energy project cost cases include constant or 
declining U.S. oil production, as smaller and smaller 
new fields come into production while the larger 
existing fields continue to be depleted [57]. 

In the low energy project cost case, total domestic oil 
production in 2030 is 18,000 barrels per day higher 
than projected in the reference case. In the high 
energy project cost case, higher drilling costs reduce 
both the rates of return on oil production and the cash 
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flow of oil producers, and as a result total domestic 
production in 2030 is about 300,000 barrels per day 
lower than in the reference case. 

Because EOR is highly capital-intensive, most of the 
variation in domestic oil production across the three 
cases reflects differences in EOR production. In the 
reference case, C02 EOR production in 2030 totals 
1.31 million barrels per day, as compared with 1.33 
million barrels per day in the low energy project cost 
case and 980,000 barrels per day in the high energy 
project cost case. 

For deepwater production in the Gulf of Mexico, the 
reference case projects an increase from about 
970,000 barrels per day in 2006 to 2.0 million barrels 
·per day from 2013 through 2019, fullaweci by-a-decline-----­
to 1.6 million barrels per day in 2030. The projections 
in the low energy project cost case are nearly the 
same, because the constraints on deepwater develop-
ment are not prices and costs but long development 
lead times and limited infrastructure. In the high 
energy project cost case, the capital intensity of deep-
water development constrains oil production in the 
Gulf in the earlier years, with a peak production level 
of1.9 million barrels per day from 2013 through 2019. 
As oil prices increase later in the projection period, 
however, small deepwater fields that were uneconom-
ical in earlier years begin to be developed. In 2030, 
deepwater production in the Gulf is about 30,000 
barrels per day higher in the high energy project cost 
case than projected in the reference case [58]. 

Both CTL and BTL production are also capital­
intensive and vary significantly on a percentage basis 
across the three cases. Combined production from 
CTL and BTL facilities is about 620,000 barrels per 
day in 2030 in the low energy project cost case, com­
pared with 510,000 barrels per day in the high energy 
project cost case. 

The only other petroleum supply category signifi­
cantly affected in the energy project cost cases is 
natural gas liquids (NGL). In the high energy project 
cost case, which projects considerably more natural 
gas production than the low case, NGL production is 
also higher, at 1.6 million barrels per day, compared 
with 1.5 million barrels per day in the low case. As 
a result, the difference in combined CTL and BTL 
production between two cases is almost completely 
offset by the difference in NGL production. 

Crude oil prices are not projected to vary significantly 
across the three cases. The reference case projects a 
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price of$70.45 per barrel for low-sulfur light crude oil 
in 2030 (2006 dollars), compared with $70.33 per bar­
rel in the low energy project cost case and $70.65 per 
barrel in the high energy project cost case. Accord­
ingly, total domestic consumption of petroleum liq­
uids does not vary by much, at 22.7 million barrels per 
day in the high energy project cost case and 22.8 mil­
lion barrels per day in the low energy project cost 
case. Imports of crude oil and liquid fuels make up the 
difference between the projections for liquids produc­
tion and consumption in each case, varying from 55.5 
percent of total U.S. supply in 2030 in the high energy 
project cost case to 54.0 percent in the low energy pro­
ject cost case. As noted above, the impacts would be 
more significant if the assumptions in the low and 
high energy project cost cases were applied to global 
markets. 

Limited Electricity Generation Supply 
and Limited Natural Gas Supply Cases 

Development of U.S. energy resources and the per­
mitting and construction of large energy facilities 
have become increasingly difficult over the past 20 
years, and they could become even more difficult in 
the future. Growing public concern about global 
warming and C02 emissions also casts doubt on 
future consumption of fossil fuels-particularly coal, 
which releases the largest amount of C02 per unit of 
energy produced. Even without regulations to limit 
greenhouse gas emissions in the United States, the 
investment community may already be limiting the 
future use of some energy options. In addition, there 
is considerable uncertainty about the future avail­
ability of, and access to, both domestic and foreign 
natural gas resources. 

To examine the effects of uncertainty about future 
supplies of electricity and natural gas, three alterna­
tive cases were developed for AE02008. The limited 
electricity generation supply case assumes that 
higher construction and operating costs together with 
other factors, such as lack of public acceptance, will 
limit the use of energy sources other than natural gas 
for power generation-including coal without CCS 
technology, nuclear power, and renewable fuels. The 
limited natural gas supply case assumes that no 
Arctic natural gas pipeline will be in operation 
before 2030, the availability of LNG to U.S. regasifi­
cation terminals will be limited, the U.S. oil and 
natural gas resource base will be less than in the ref­
erence case, access to the resource base will be more 
limited than assumed in the reference case, and that 

improvements in oil and natural gas exploration 
and development technologies will be slower than in 
the reference case. Finally, a combined limited case 
includes all the assumptions from the first two cases. 

Assumptions 

Limited Electricity Generation Supply Case 

In the AE02008 reference case, based on existing 
laws and regulations, the use of natural gas for elec­
tricity generation continues to increase in the near 
term, then declines as generators increasingly turn to 
coal, renewables, and new nuclear power capacity in 
the longer term. New coal-fired capacity without CCS 
could be limited, however, by policy changes aimed at 
limiting C02 emissions. Several States already are 
beginning to implement emission reduction pro­
grams, and the U.S. Congress is discussing potential 
Federal programs. In California and Washington 
State, recent legislation has set emission standards 
for electric power plants that would preclude new 
coal-fired plants without CCS from providing power 
to those States (see "Legislation and Regulations"). 
There are also several proposals at the Federal level 
that would impose caps on C02 emissions. The 
limited electricity generation supply case, in addition 
to assuming that new coal-fired power plants without 
CCS cannot be built, also assumes that construction 
costs for new plants with CCS will be 25 percent 
higher than in the reference case. 

Currently, new nuclear capacity is being proposed 
in response to incentives provided in EPACT2005, 
rising fossil fuel prices, and concerns about C02 emis­
sions; however, there continue to be concerns about 
nuclear waste disposal, public acceptance, and the 
ability to build new plants on time and within budget. 
It is likely that some new nuclear plants will be built, 
given current interest levels and fmancial incentives, 
but if early builds encounter delays in construction or 
licensing or significant cost overruns (as occurred 
with the first generation of nuclear plants), the long­
term potential for nuclear electricity in the United 
States could be reduced. 

The limited electricity generation supply case 
assumes the same amount of new nuclear capacity 
as in the reference case by 2030; however, in cir­
cumstances where the reference case assumes that 
current capacity factors, averaging over 90 percent 
nationally, will be maintained throughout each 
plant's 60-year lifetime, the limited electricity gener­
ation supply case assumes that the national average 
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capacity factor for nuclear power plants will fall to 70 
percent in 2030. To date, no nuclear power plant has 
operated for 40 years, and industry experience in 
maintaining older nuclear plants is limited. Thus, it is 
possible that replacement of major components on 
older plants could cause significant outages, or that 
gradual breakdowns could lead to lower capacity 
factors. 

Adding large amounts of economical renewable 
capacity may also face challenges. The reference 
case projects a large increase in renewable capacity 
(mostly wind and biomass), mainly to meet the 
requirements of State RPS programs. There is also 
some public resistance to the siting of new wind 
and biomass plants, however, and their costs may 
increase after the 'best" sites ha ve been used. The 
limited electricity generation supply case assumes the 
same amounts of new wind and biomass capacity as in 
the reference case, but the availability of new biomass 
energy crops is delayed until 2020, compared with 
2010 in the reference case. Biomass gasification tech­
nology is a new, unproven design that could run into 
delays and cost overruns, and in addition it could take 
many years to develop the infrastructure to grow, 
cultivate, harvest, and transport new energy crops. 
The costs for all other new renewable capacity 
(geothermal, landfill gas, solar thermal, and solar 
PV) are assumed to be 25 percent higherthan in the 
reference case. Again, these technologies are new, 
and there is considerable uncertainty about initial 
cost estimates. 

Limited Natural Gas Supply Case 

The limited natural gas supply case represents an 
environment in which numerous natural gas supply 
options are unavailable, less available, or more costly 
to develop than in the reference case. 

Among the most significant uncertainties for future 
natural gas supply are the development of natural gas 
pipelines in the Arctic region of North America, the 
future availability of LNG imports, the size of the 
domestic natural gas resource base, and the rate 
of technological improvement in the industry. 
Currently, two large natural gas pipelines are under 
consideration for development in the Arctic region: 
a Mackenzie Delta pipeline in Canada and an Alaska 
pipeline [59], both of which are large, expensive con­
struction projects. It is expected that 6 years will be 
required to permit, license, design, construct, and 
open the Mackenzie pipeline and 9 years will be 
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required to do the same for the Alaska pipeline. 
A number of factors could delay completion of the 
projects beyond 2030, however, including: higher­
than-expected construction costs that would make 
the pipelines unprofitable throughout the projection 
period; higher-than-expected State and Provincial 
taxes and royalties on natural gas production; envi­
ronmental concerns requiring expensive remedia­
tion; delays in regulatory approval and permitting; 
and difficulties in addressing the concerns of native 
peoples whose lands are crossed by the pipelines. 
Accordingly, the limited natural gas supply case 
assumes that neither pipeline will be opened before 
2030. 

The future availability of LNG imports depends 
critiC8lly on the development of new LNG supply 
sources throughout the world, which in turn will 
require the construction of large, expensive liquefac­
tion facilities and LNG tankers. Typically their 
financing is supported by multi-decade contract 
commitments from large natural gas consumers, such 
as natural gas and electric utilities; however, those 
large consumers face considerable uncertainty of 
their own, including whether new nuclear generating 
capacity will reduce long-term requirements for 
natural gas supply, whether alternative supplies will 
be available from other sources at lower prices, 
and whether suitable pricing mechanisms will be 
available to ensure that LNG suppliers earn a reason­
able rate of return while the consumers pay prices 
that are reasonable in comparison with the prices of 
other sources of natural gas supply. 

It is possible that potential LNG suppliers could face 
considerable difficulty in obtaining customer commit­
ments sufficient to support the financing required for 
development of LNG supplies that are able to satisfY 
world demand for natural gas. Further, if LNG 
supplies are scarce relative to world demand, over­
seas natural gas prices could exceed U.S. domestic 
prices, drawing LNG supplies away from the U.S. 
market. Alternatively, new sources of LNG supply 
could be fully committed to overseas customers under 
long-term contracts, making spot purchases of LNG 
either unavailable or prohibitively expensive. 

Availability of supplies could also be limited by poli­
cies adopted by the countries that produce LNG. For 
example, LNG producers could operate in concert to 
limit LNG supplies in order to increase prices or to 
make more natural gas available to their own con­
sumers. They might also adopt production taxes, 
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excise taxes, and tariffs that would make LNG eco­
nomically unattractive in the United States. 

The LNG assumptions used in the limited natural gas 
supply case are identical to those used in the low LNG 
case (discussed later in "Issues in Focus"), with U.S. 
gross imports of LNG held constant at 1.0 trillion 
cubic feet per year from 2009 through 2030 [60]. The 
LNG restrictions apply to the United States only; 
LNG imports to Canada and Mexico remain sensitive 
to prices, and new LNG import capacity is assumed 
to be constructed in those countries according to pre­
determined price triggers. 

The actual size of the domestic oil and natural gas 
resource base is another source of uncertainty. 
The USGS and Minerals Management Service 
(MMS) calculate the U.S. undiscovered oil and 
natural gas resource base on a probabilistic basis, 
reporting a mean estimate, a 95-percent probability 
estimate, and a 5-percent probability estimate of 
technically recoverable oil and natural gas resources 
in each major U.S. petroleum basin. As an example, 
for the U.S. lower 48 onshore basins, the USGS mean 
probability estimate of undiscovered natural gas 
resources is 483 trillion cubic feet, the 95-percent 
probability estimate is 291 trillion cubic feet, and the 
5-percent probability estimate is 735 trillion cubic 
feet [61], illustrating the wide range of uncertainty 
with regard to the size of the U.S. oil and natural gas 
resource base. 

The AE02008 reference case assumes that the tech­
nically recoverable U.S. oil and natural gas resource 
base is equal to the USGS and MMS mean estimates. 
Given the uncertainty inherent in those estimates, 
however, the actual resource base could be consider­
ably smaller. Further, the ability to develop the 
resource base could be limited by other factors, in­
cluding the possibility that future laws and regula­
tions could place more Federal and State land off 
limits to oil and natural gas production. The limited 
natural gas supply case assumes that the U.S. 
unproven oil and natural gas resource base and 
Canada's undiscovered natural gas resource base are 
15 percent smaller than the estimates used in the 
reference case. 

Another factor that could reduce available natural 
gas supplies is a slowdown in the rate of technological 
progress. Technological progress generally reduces 
the cost of finding, developing, and producing natural 
gas resources. In addition to their direct impacts on 

costs, technology improvements can increase finding 
and success rates, which have an impact on the aver­
age costs of production. A slower rate of progress re­
sults in higher capital and operating costs for oil and 
natural gas exploration and development than would 
otherwise be the case. The limited natural gas supply 
case assumes a technological progress rate that is 
one-half the rate in the reference case. 

Results 

Electricity Generation 

In 2006, coal-fired power plants supplied 49 percent 
of U.S. electricity generation. In the AE02008 refer­
ence case, coal's market share is maintained through 
2020 and grows to 54 percent in 2030, primarily as a 
result of projected increases in natural gas prices. In 
the limited electricity generation supply case, natural 
gas supplies are unchanged from those in the refer­
ence case, while generation from other fuels is con­
strained. As a result, the coal share of total generation 
drops to 42 percent in 2030, and the natural gas share 
increases from 20 percent in 2006 to 27 percent in 
2030, as compared with 14 percent in 2030 in the 
reference case (Figure 15). By assumption, nuclear, 
wind, and biomass remain at or below reference case 
levels from 2006 through 2030, while generation from 
other renewables and from oil increases slightly. 
Although delivered natural gas prices to the electric 
power sector in 2030 are 16 percent higher in the 
limited electricity generation supply case than in the 
reference case because of higher demand, the price 
increase is not enough to shift generation from 
natural gas to the competing technologies. 

In the limited natural gas supply case, no constraints 
are assumed for any electricity generation technology 
relative to the reference case, but natural gas supplies 

Figure 16. Electricity generation by fuel in four 
cases, 2006 and 2030 (trillion kilowatthours) 
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In the limited natural gas supply case, where total 
natural gas consumption in 2030 is 3.8 trillion cubic 
feet less than in the reference case, the lack of an 
Alaska pipeline and the constraint on U.S. LNG 
imports account for 2.9 trillion cubic feet of the 
reduction in natural gas supply. Unconventional 
natural gas production is also reduced by 1.8 trillion 
cubic feet, whereas domestic production from other 
sources, particularly onshore conventional resources, 
is increased by 0.4 trillion cubic feet and pipeline 
imports are increased by 0.6 trillion cubic feet. 

The decrease in unconventional natural gas produc­
tion in the limited natural gas supply case relative to 
the reference case is a direct result of the changes 
in supply assumptions. Because the undiscovered 
unconventional resource base IS considerably larger 
than the conventional resource base, the assumption 
of a 15-percent smaller resource base has the greatest 
volumetric impact on unconventional natural gas 
resources. Technology advances already have made 
most conventional supplies economically recoverable, 
and thus a reduced rate of technological progress has 
a larger impact on the cost of developing unconven­
tional and offshore resources. Deepwater offshore 
resources are further constrained by infrastructure 
limitations and long lead times for the construction 
of new production platforms and pipelines. Thus, 
conventional production increases, unconventional 
production decreases, and there is only a small 
increase in offshore production in the limited natural 
gas supply case relative to the reference case. 

Although the natural gas technology and resource 
assumptions in the limited natural gas supply case 
apply to Canada as well as to the United States, LNG 
imports into Canada and Mexico are not constrained 
[62] and are responsive to higher prices. As a result, 
both countries are projected to increase their LNG 
imports and make more natural gas available to the 
U.S. market by pipeline. 

In the combined limited case, net natural gas pipeline 
imports in 2030 are almost 6 times the reference case 
level. Although U.S. pipeline imports of natural gas 
might be expected to increase in the limited electricity 
generation supply case, the assumed opening of an 
Alaska natural gas pipeline reduces Canadian exports 
to the United States. 

Before 2025, the largest source of incremental U.S. 
natural gas supply in the combined limited case is 
conventional lower 48 natural gas production. In 
2030, however, higher natural gas prices cause net 
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pipeline imports to become the largest source of incre­
mental supply. Net pipeline imports in 2030 are 1.6 
trillion cubic feet higher and account for slightly more 
than one-half of the total increase in natural gas 
supply in the combined limited case relative to the 
reference case. LNG imports into Canada and Baja 
California, Mexico, are 1.1 trillion cubic feet higher in 
the combined limited case than in the reference case 
in 2030, accounting for more than 50 percent of the 
increase in net pipeline imports. Other domestic pro­
duction accounts for the remainder of the difference 
in incremental supply between the two cases in 
2030, with onshore conventional production 1.3 tril­
lion cubic feet higher and offshore production 0.2 tril­
lion cubic feet higher in the combined limited case 
than in he reference case. The increases in domestic_ __ __ _ 
conventional natural gas production and pipeline im-
ports offset declines in unconventional production 
and Alaska production. They also offset a decline in 
LNG imports that are eliminated from the combined 
limited case by assumption but are available in the 
reference case. 

Natural Gas Prices 

In each of the three limited cases, natural gas prices 
are higher than projected in the reference case 
(Figure 19). The assumptions for the limited natural 
gas supply case have a more significant impact on 
price than those for the limited electricity generation 
supply case, with natural gas wellhead prices 45 
percent and 14 percent higher in 2030 than in the 
reference case, respectively. The largest difference 
from the reference case is in the combined limited 
case, with prices 89 percent higher than in the refer­
ence case in 2030. End-use prices for natural gas 
increase in response to the higher wellhead prices and 

Figure 19. Lower 48 wellhead natural gas prices 
in four cases, 1996-2030 (2006 dollars 
per thousand cubic feet) 
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moderate consumption, while price increases both 
result from and contribute to changes in the mix of 
supply sources. 

The reason for the large price variations across the 
cases is the need to turn to more expensive sources of 
supply to satisfy the demand for natural gas as con­
sumption increases and available sources of supply 
diminish. With the exception of Alaska and uncon­
ventional natural gas, the domestic conventional 
natural gas resource base is largely depleted, and only 
limited production increases are possible in response 
to consumption increases. Most of the large conven­
tional fields have already been discovered, leaving 
only the smaller and deeper fields that are more costly 
to develop. 

In the limited electricity generation supply case, 
which assumes the same resource base and rate of 
technological progress as in the reference case, 
unconventional natural gas production increases in 
response to higher prices. The assumptions for the 
limited natural gas supply case limit technological 
progress and reduce the size of the resource base, 
causing a much greater price increase than in the 
limited electricity generation supply case. Increased 
demand for natural gas in the limited electricity gen­
eration supply case raises the natural gas wellhead 
price in 2030 to $7.57 per thousand cubic feet, 
compared with $6.63 per thousand cubic feet in the 
reference case. In the limited natural gas supply case, 
the wellhead price in 2030 is $9.61 per thousand cubic 
feet, and in the combined limited case it is $12.55 per 
thousand cubic feet. 

Electricity Prices 

In the AE02008 reference case, real electricity prices 
are projected to remain relatively flat, with the 2030 
price slightly below the current price. In the three 
limited cases, all with higher natural gas prices, 
electricity prices in 2030 are 4 percent to 36 percent 
higher than 2006 prices (Figure 20). Electricity prices 
in 2030 in the limited electricity generation supply 
case are higher than those in the limited natural gas 
supply case, even though natural gas prices are lower, 
because there are more options to change the genera­
tion mix in the limited natural gas supply case. In the 
limited electricity generation supply case, with capac­
ity additions largely restricted to natural gas technol­
ogies, electricity prices are more sensitive to changes 
in natural gas prices and are 13 percent higher in 
2030 than projected in the reference case. In compari­
son, electricity prices in 2030 in the limited natural 

gas supply case are 5 percent higher than in the refer­
ence case. In the combined limited case, electricity 
prices in 2030 are 37 percent higher than in the refer­
ence case. 

Trends in Heating and Cooling 
Degree-Days: Implications for Energy 
Demand 

Weather-related energy use, in the form of heating, 
cooling, and ventilation, accounted for more than 
40 percent of all delivered energy use in residential 
and commercial buildings in 2006. Given the rela­
tively large amount of energy affected by ambient 
temperature in the buildings sector, EIA has re­
evaluated what it considers "normal" weather for 
purposes of projecting future energy use for heating, 
cooling, and ventilation. In AE02008, estimates of 
"normal" heating and cooling degree-days are based 
on the population-weighted average for the 10-year 
period from 1997 through 2006. 

In previous AEOs, EIA used the National Oceanic 
and Atmospheric Administration (NOAA) 30-year 
average for heating and cooling degree-days as a 
benchmark for normal weather. Over the past several 
years, however, many energy analysts have ques­
tioned the use of the 30-year average, given the recent 
trend toward warmer weather relative to the 30-year 
average. Figure 21 shows percentage differences from 
the 30-year average in heating and cooling degree­
days for the past 15 years. Over the 15-year period, 
only two winters have been colder, and all but three 
summers have been warmer, than the 30-year aver­
age; and on average, the winters have been 4 percent 
warmer and the summers 5 percent warmer than the 
30-year average. Five of the 15 summers were more 
than 10 percent warmer than the 30-year average, 
whereas only 2 of the 15 winters were 10 percent 

Figure 20. U.S. average electricity prices in four 
cases, 1996-2030 (2006 cents per kilowatthour) 
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are limited. As a result, in 2030, delivered natural gas 
prices to the electric power sector are 39 percent 
higher than in the reference case, and natural-gas­
fired generation is 42 percent less than in the 
reference case. With no technology restrictions, 
natural gas is displaced by increases in the use of 
coal, nuclear, and some renewables (geothermal, 
biomass, and wind) for electricity generation. 

Issues in Focus 

In the limited natural gas supply case, higher natural 
gas prices reduce natural-gas-fired capacity addi­
tions, while additions of coal-frred, renewable, and 
nuclear capacity increase relative to the reference 
case. Because more older generating units are retired 
in the limited natural gas supply case (primarily, 
those using natural gas) more new capacity is added 
than in the reference case. 

In the combined limited case, all the fuel choices for In the combined limited case, 17 gigawatts of new 
electricity generation are more expensive than in the coal-frred capacity with CCS is built. Natural-gas-
reference case. Natural-gas-frred generation in 2030 fired capacity also increases relative to the reference 
is higher than in the reference case, but with higher case, but by a smaller amount than is projected in the 
natural gas prices (84 percent higher than those in limited electricity generation supply case. More new 
the reference case) the difference is smaller than in capacity using renewable technologies that are not 
the limited electricity generation supply case. Coal- constrained by assumption, including geothermal, 
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demand for coal, and investment in new renewable bined case than in the reference case, even though 
technologies increases, including geothermal and their construction costs are assumed to be higher 
offshore wind. Oil-frred generation also increases than in the reference case. 
substantially, because it is less expensive to use 
distillate than natural gas even in some newer 
combined-cycle plants. Total electricity generation 
is 6 percent lower in the combined limited case than 
in the reference case, as higher costs for fuel and for 
plant construction result in higher prices and lower 
demand for electricity. 

The technology mix for new capacity additions differs 
dramatically among the three limited cases (Figure 
16). In the limited electricity generation supply case, 
the only new coal-fired builds are those currently 
under construction, and almost all the additional 
coal-frred plants projected to be built in the reference 
case are replaced by new natural-gas-fired capacity 
(an additional 60 gigawatts). Nuclear generating 
capacity is the same as in the reference case, and 
renewable capacity additions are 8 gigawatts higher. 

Figure 16. New generating capacity additions 
in four cases, 2006-2030 (gigawatts) 
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Natural Gas Consumption 

Natural gas consumption for electric power genera­
tion in 2030 varies widely across the cases, from 
43 percent below the reference case level in the 
limited natural gas supply case to 78 percent above 
the reference case level in the limited electricity 
generation supply case (Figure 17). The largest differ­
ence from the reference case is in the limited elec­
tricity generation supply case, because constraints on 
competing fuels, such as the CCS requirement for 
new coal-frred plants, make natural gas the fuel of 
choice for new capacity. 

In the limited electricity generation supply case, nat­
ural gas consumption for electricity generation is 3.9 
trillion cubic feet above the reference case level in 
2030, while total U.S. natural gas consumption in 

Figure 17. Natural gas consumption by sector 
in four cases, 2080 (trillion cubic feet) 
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2030 is only 3.6 trillion cubic feet higher than in the 
reference case. Higher natural gas prices in the 
limited electricity generation supply case reduce 
residential, commercial, and industrial natural gas 
consumption in 2030 by a total of 0.4 trillion cubic 
feet from the reference case projection. 

In the limited natural gas supply case, where only 
natural gas supply is constrained, higher natural gas 
prices cause natural gas to lose market share in all the 
end-use consumption sectors. In 2030, total natural 
gas consumption is 3.8 trillion cubic feet less in the 
limited natural gas supply case than in the reference 
case. In the electric power sector, which is particu­
larly fuel flexible and price sensitive, natural gas 
consumption in 2030 is 2.2 trillion feet lower than in 
the reference case. 

In the combined limited case, total natural gas con­
sumption in 2030 is 3 percent lower than projected in 
the reference case, although natural gas use for elec­
tricity generation is 21 percent (1.1 trillion cubic feet) 
higher than in the reference case. In comparison, 
natural gas consumption in the electric power sector 
in 2030 is 3.9 trillion cubic feet higher in the limited 
electricity generation supply case and 2.2 trillion 
cubic feet lower in the limited natural gas supply case 
than in the reference case. The constraints on other 
sources of electricity generation in the limited elec­
tricity generation supply case thus have a much more 
pronounced effect on natural gas consumption in the 
electric power sector than do the natural gas supply 
constraints in the limited natural gas supply case. 

In all three cases, higher natural gas prices reduce 
natural gas consumption in the residential, commer­
cial, and industrial sectors relative to the reference 
case. In the combined limited case, natural gas con­
sumption in the end-use sectors in 2030 is 14 percent 
lower than in the reference case. In the short term 
there is little potential in those sectors for fuel switch­
ing, which generally occurs only over the long term 
as older equipment is retired. In the residential and 
commercial sectors, most of the reduction in natural 
gas consumption in the three cases results from 
conservation and more efficient appliances. In the 
industrial sector, where there is some fuel-switching 
capability, part of the decrease is attributable to fuel 
substitution. In addition, although not quantified 
here, higher prices could drive some industrial users 
to either shut down operations or move them outside 
the United States to locations where fuel and other 
operating costs are lower. 

In the end-use sectors, the largest reduction in natu­
ral gas consumption occurs in the combined limited 
case, because the highest natural gas prices are also 
projected in the combined case. In 2030, natural gas 
consumption is 19 percent lower in the industrial 
sector, 8 percent lower in the residential sector, and 
10 percent lower in the commercial sector than pro­
jected in the reference case. 

Natural Gas Supply 

As consumption patterns shift across the cases, the 
mix of natural gas supply sources changes consider­
ably (Figure 18). These changes are dictated largely 
by the natural gas supply conditions assumed in the 
limited natural gas supply case and in the combined 
limited case, which assumes that no Alaska natural 
gas pipeline is built and that gross LNG imports do 
not increase after 2009. Consequently, in these two 
cases, lower 48 sources provide most of the incremen­
tal natural gas supply. 

In the limited electricity generation supply case, all 
natural gas sources contribute to incremental supply 
in 2030. The largest increase is 1.1 trillion cubic feet 
from unconventional natural gas production, which 
consists of tight gas, shale gas, and coalbed methane. 
Unconventional natural gas makes up the bulk of the 
undiscovered resource base and shows significant 
growth in the reference case projections. Conven­
tional natural gas production (onshore and offshore) 
in 2030 is 0.6 trillion cubic feet above the reference 
case level. Alaskan production and LNG imports, 
which are not constrained in this case, both respond 
to higher prices, increasing by 0.4 and 1.0 trillion 
cubic feet, respectively. Offshore production is slight­
ly higher, by 0.2 trillion cubic feet, and pipeline im­
ports are higher by 0.4 trillion cubic feet. 

Figure 18. Natural gllB suppl:y b:y source 
in four cases, 2006 and 2030 (trillion cubic feet) 
30 -

0 
2006 2030 

Re{en!nce Limited Limited Combined 
electricity natural gas limited 

42 Energy Information Administration I Annual Energy Outlook 2008 

0 

0 

0 



0 
warmer than the average, indicating a larger change 
for summer than for winter weather over the past 15 
years. This suggests that the 30-year average is 
heavily weighted by years before 1993 and is less 
representative of heating and cooling degree-days in 
more recent years. 
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degree-days at the Census Division level. Where State 
populations are expected to shift within and across 
Census Divisions, the projections for average heating 
and cooling degree-days at the national level can vary 
from year to year. 

Figure 22 shows differences in heating and cooling 
The recent changes in average heating and cooling degree-days in the AE02008 projection for 2010-2030 
degree-days have not only affected the accuracy of from the 1971-2000 30-year average published by 
AEO projections for heating and cooling demand. NOAA. (It should be noted that the projection is not 
Underestimating summer demand for cooling-par- based on any assumption about global warming. 
ticularly, peak demand-can undermine the plans Rather, expected U.S. population shifts cause the 
made by electricity producers for wholesale power numbers of average heating and cooling degree-days 
purchases and capacity additions. Overestimating to change over the projection period.) In 2010, the 
winter demand for heating can affect plans for number of U.S. cooling degree-days in the AE02008 
natural gas storage and supply. Consequently, m~an~y_._!..:re::!fi:::.er!..:e::!n~c~e:__:c::::as~e__:is~ab~o.:::ut~1:.::0,...Jpt:.,:e::r:.::ce~n~t~gr:.;e:.:a::te;::r=-=th:::an7-:;:.th~e::___ _ _ _ _ 

----energy an ys s n av e suggeSfeatli"at shorter e NOAA 30-year average with fiXed population weights, 
periods provide a more appropriate basis for project- and the number of heating degree-days is 8 percent 
ing "normal" weather. For example, Cambridge less [65]. Accordingly, electricity providers are pro-
Energy Research Associates, Inc., now uses a 15-year jected to see more peak summer demand, and direct 
period (1991-2005) to estimate normal weather in its fuel use for heating in buildings is projected to decline 
projections. for heating and cooling degree-days [63], through 2030 as a result of State population shifts, all 
and NOAA, responding to customer feedback, has else being equal. 
undertaken a process to revise its traditional 30-year 

0 average by creating "optimal climate normals" that 
will be more representative of current weather trends 
[64] . EIA decided to use the 10-year average to pro­
vide a better match with recent trends in heating 

Impacts on the AE02008 Projections 

Fuel Use in Buildings and for 
Electricity Generation 

0 

and cooling degree-days. 

Heating and Cooling Degree-Days in AE02008 

All the AE02008 projections use the 1997-2006 aver­
age as a proxy for normal weather from 2009 through 
2030. The 10-year average is based on heating and 
cooling degree-day data by State, provided by NOAA, 
and State population weights provided by the U.S. 
Census Bureau. The State population projections 
allow for dynamic estimates of heating and cooling 

Figure 21. Annual heating and cooling lhgree-days, 
1993-2007 (percent difference from 30-year average) 
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Because space heating accounts for more direct 
energy use in buildings than does cooling, use of the 
10-year averages for heating and cooling degree-days 
results in a 2.4-percent net decrease (about 0.6 
quadrillion Btu) in buildings sector energy consump­
tion in 2030, as compared with the same projection 
based on 30-year average heating and cooling 
degree-days (Figure 23). For electricity providers, 
on the other hand, the increase in electricity use for 

Figure 22. Heating and cooling degree-days 
in the AE02008 reference case, 2010-2030 
(percent difference from 1971-2000 average) 
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cooling is more than the decrease in electricity use for 
heating, and the result is a 0.7-percent net increase 
(about 0.4 quadrillion Btu) in fuel use for electricity 
generation. The effect on total net energy consump­
tion in the reference case is small, amounting to a 
0.4-percent decrease (about 0.4 quadrillion Btu) in 
2030. As a result, expenditures for energy purchases 
in residential and commercial buildings are 0.4 per­
cent lower in 2030 ($1.8 billion in 2006 dollars), and 
total C02 emissions in 2030 are reduced by 0.1 per­
cent (10 million metric tons). 

Electricity Prices 

As expected, the additional summer demand for cool­
ing that results from using the 10-year average for 
cooling degree-days shifts more electricity demand 
into the summer peak period (Figure 24). In 2030, 
demand in the summer peak period increases by 4.4 
percent, whereas winter demand is reduced by 0.8 
percent. The increase in summer peak demand 
leads to higher real electricity prices, with average 
increases of 2.3 percent for residential customers and 
0.3 percent for commercial customers. 

Liquefied Natural Gas: Global Challenges 

U.S. imports of LNG in 2007 were more than triple 
the 2000 total, and they are expected to grow in the 
long term as North America's conventional natural 
gas production declines. With U.S. dependence on 
LNG imports increasing, competitive forces in the 
international markets for natural gas in general 
and LNG in particular will play a larger role in 
shaping the U.S. market for LNG. Key factors cur­
rently shaping the future of the global LNG market 
include the evolution of project economics, worldwide 

Figure 23. Impacts of change from 30-year to 
1 0-year average for heating and cooUng degree-days 
on energy use for heating and cooling in buildings 
by fuel type, 2030 (quadrillion Btu) 
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demand for natural gas, government policies that af­
fect the development and use of natural resources in 
countries with LNG facilities, and changes in sea­
sonal patterns of LNG trade. 

Changing Project Economics 

From the mid-1990s through 2002, a major factor 
underlying the growth of global LNG markets was 
declining costs throughout the LNG supply chain. 
Since 2003, however, costs have escalated, especially 
in the area of liquefaction. The result has been a delay 
in commitments to the construction of new liquefac­
tion capacity, which in turn creates uncertainty about 
the future availability of LNG supplies. 

The cost of liquefaction capacity can vary widely, 
depending on location, quality of natural gas supplies, 
and plant design (including whether the planned 
capacity is an expansion of an existing plant or a new 
greenfield plant). In general, however, the available 
data indicate that construction costs for new liquefac­
tion capacity have more than tripled since the early 
2000s [66]. Some of the reasons for the increase are 
higher raw material costs for commodities such as 
nickel and steel, a shortage of experienced workers 
and contractors, full construction order books, and 
longer delivery times for key pieces of equipment. 
Although economies of scale can reduce unit costs, 
those reductions have not been sufficient to offset 
increases in other costs. 

For regasification facilities and receiving terminals, 
the available data suggest that the construction costs 
for new projects have increased by more than 50 per­
cent over the past 5 years [67]. In addition, construc­
tion costs for LNG tankers have increased by 40 to 
50 percent since 2003 [68], primarily because of rising 

Figure 24. Impacts of change from 30-year to 
10-year average for heating and cooling degree-days 
on peak seasonal electricity demand load, 2030 
(gigarDatts) 
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costs for materials and equipment. Wood Mackenzie 
reports that ship prices remain on "an upward trend 
driven by a surge in new orders of large tankers, bulk 
carriers, and containerships, which compete with 
LNG carriers for berth space" [69]. 

Worldwide Demand for Natural Gas 

Contributing to the uncertainty about LNG supply 
availability is a worldwide increase in natural gas 
consumption and its effect on prices. In EIA's Inter­
national Energy Outlook 2007, annual worldwide 
natural gas consumption in 2030 varies by 35 trillion 
cubic feet between the high and low macroeconomic 
growth cases, or around plus or minus 11 percent 
when compared with the reference case [70]. 
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that are net LNG exporters have government policies 
or agreements that promote domestic natural gas 
consumption. Any expansion (or rollback) of such pol­
icies could affect their future domestic consumption 
of natural gas and the supplies available for export. 

Indonesia, Egypt, and Australia have or are consider­
ing domestic natural gas supply requirements for 
projects under development. Indonesia's 2001 Oil 
and Gas Law imposes a 25-percent domestic market 
obligation on new contracts for natural gas produc­
tion sharing, although implementation of the law is 
still uncertain [74]. In 2005, Egypt reduced the por­
tion of natural gas reserves available for export from 
one-third to one-quarter. 

For-SGme-eonntries-, SWlh as Japanilftd-South Korea, --unlike Egyp an n ones1a, us r a oes not ·ave 
relatively slow growth is expected for natural gas any national regulations that require natural gas re-
consumption, but because they are almost entirely sources to be reserved for domestic markets; how-
dependent on LNG imports to meet natural gas ever, the Western Australia state government has 
demand, any increase is likely to affect LNG markets. negotiated an agreement with Northwest Shelf LNG 
For India and China, on the other hand, natural developers to reserve 4. 7 trillion cubic feet of North-
gas consumption has increased much more rapidly. west shelf natural gas for the domestic market and, 
Both countries have been actively searching for new more recently, has negotiated a similar agreement 
domestic natural gas resources, and both have been with Gorgon LNG developers to set aside 15 percent 
pursuing pipeline projects that could bring more of reserves for the domestic market. The Western 
imported supplies to domestic consumers. China has Australia government has also been considering 
been negotiating with Russia to obtain supplies, India domestic reservation requirements for all future 
has been negotiating with Iran, and both countries natural gas projects that would liquefy production for 
have been competing for pipeline supplies from export [75). Such a requirement could discourage 
Central Asia and Myanmar. The success or failure of development of marginal export projects, leaving 
domestic natural gas exploration efforts in India and some resources undeveloped. 
China and the possible construction of new pipelines 
is likely to affect their demand for LNG imports and, 
ultimately, how much LNG will be available to the 
United States. 

Currently, the Organization for Economic Coopera­
tion and Development (OECD) countries account 
for the majority of LNG imports. In 2006, 12 OECD 
countries [71] were net importers of LNG, and they 
accounted for just over 90 percent of all LNG imports. 
Five non-OECD countries [72] accounted for the 
remaining 10 percent. Among the world's net export­
ers of LNG, however, 11 of 12 were non-OECD coun­
tries [73], and Australia was the only OECD country 
with net LNG exports in 2006. At the same time, 
natural gas consumption has been increasing at a 
faster rate in the non-OECD countries than in the 
OECD countries as a whole. 

Resource Development Policies 

In addition to the uncertainty associated with natural 
gas demand growth and project costs, many countries 

Domestic reservation requirements promote natural 
gas consumption by keeping domestic natural gas 
prices low. In addition, many countries that are net 
LNG exporters foster domestic consumption further 
by directly regulating domestic natural gas prices and 
keeping them below LNG net-back equivalent prices. 
Both China and India, two of the world's newest LNG 
importers, also regulate the prices that electricity 
generators pay for natural gas. Without below­
market prices, generators probably would be unable 
to use natural gas to generate power profitably for 
sale to domestic electricity markets, where prices 
also are regulated. 

Seasonal Usage Patterns 

The natural gas market in North America, where 
indigenous production meets much of the demand for 
natural gas, is a large, liquid market with ample 
storage capacity. Thus, even during periods of rela­
tively low demand, it can still absorb imports. There 
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is, however, a seasonal element specific to the U.S. 
market (Figure 25). More LNG is imported by the 
United States during the summer months, for 
reasons related as much to conditions in other LNG­
importing countries as to conditions in the United 
States. The conditions that make North America an 
attractive year-round market are not likely to change, 
but changing conditions in the rest of the world could 
reduce the availability of summer LNG imports to the 
United States. 

The natural gas market in OECD Europe is com­
parable with the North American market in size­
about 71 percent as large in 2005. Whereas North 
America relies almost entirely on storage with­
drawals to meet incremental winter demand, OECD 
Europe employs a variety of sources, with indigenous 
production, natural gas imports, and storage with­
drawals all rising in the winter months to meet 
increased demand (Figure 26). 

The United Kingdom, Belgium, and the Netherlands 
currently have active market-based systems for 
natural gas. In addition, European Union regulators 
are trying to introduce regulatory reform into addi­
tional markets and bring more liquidity into conti­
nental European markets. Although OECD Europe 
also has less storage capacity than North America, 
even when the relative size of annual demand in the 
two markets is taken into account, it has many geo­
logic structures that could be suitable for seasonal 
natural gas storage. By 2015, OECD Europe could 
add almost 1 trillion cubic feet of additional working 
natural gas capacity in seasonal storage facilities [76]. 

The seasonal LNG supplies available to the North 
American market could also be affected if new import­
ers of LNG develop in the southern hemisphere, 

Figure 26. U.S. imports of liquefied natural gas, 
2001-2007 (billion cubic feet per day, 
3-month average) 
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where peak demand for heating occurs during 
the northern hemisphere's summer. Argentina be­
came the first South American country to import 
LNG, offioading its first partial cargo in May 2008. 
Argentina and its neighbors are anticipating a short­
age of natural gas this winter (June-August), and 
Argentina is planning to import LNG on special 
ships with onboard regasification capability while 
the construction of onshore regasification terminals 
is being discussed. 

Brazil and Chile also will soon become LNG import­
ers. Brazil has two floating regasification and storage 
units on order, the first of which could begin opera­
tion on the country's northeast coast during 2008. 
Chile has at least one regasification terminal in 
the advanced planning stage, and others are under 
consideration. The terminal planned for Quinteros, 
Chile, is expected to enter service in the second quar­
ter of 2009 with a capacity of 2.5 million tons of LNG 
(116 billion cubic feet of natural gas) per year and a 
contract with BG Group for supply of 1. 7 million tons 
(79 billion cubic feet) per year [77]. 

Implications of Uncertainty in LNG Markets 

Changing expectations about global LNG demand, 
supply, and prices are reflected in the AE02008 refer­
ence case. Demand for natural gas overall is lower in 
AE02008 than in AE02007 as a result of expecta­
tions for slower economic growth and higher energy 
prices, including natural gas prices. With the addi­
tional assumptions of higher LNG costs, stronger 
competition for global LNG supplies, and growing 
constraints on LNG production, U.S. LNG imports in 
2030 are 1. 7 trillion cubic feet lower in AE02008 than 
the AE02007 projection for LNG imports in 2030. 
There remains, however, considerable uncertainty 

Figure 26. OECD Europe natural gas supply 
by source, 2000-2007 (billion cubic feet per day) 
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about the future of the global LNG market, which 
could lead to higher or lower LNG imports. To quan­
tify the possible effects ofthat uncertainty, AE02008 
includes high and low LNG supply cases in which U.S. 
imports of LNG are assumed to be higher and lower, 
respectively, than in the reference case. 
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prices and domestic resource levels, are the same as 
in the reference case. In 2030, LNG imports are 
specified to be 8.5 trillion cubic feet in the high LNG 
supply case and 1.0 trillion cubic feet in the low LNG 
supply case (Figure 27). 

Varying the amount of LNG imports affects domestic 
The high and low LNG supply cases are not based on production, consumption, and price levels for natural 
explicit assumptions about the causes of increased or gas. In general, lower LNG imports result in the use 
decreased availability of LNG imports but only exam- of higher priced domestic production, leading to 
ine their potential impacts on natural gas supply, higher prices and, subsequently, reduced consump-
demand, and prices in the United States. Gross U.S. tion and total supply requirements. In the low LNG 
LNG import levels were specified for the high LNG supply case, 23 percent of the reduction in LNG 
supply case by increasing LNG imports by 10 percent imports is made up by a decline in natural gas con-
in 2011 relative to the reference case level, followed sumption (primarily in the electricity generation sec-
byagradualincreasetothreetimesthereferencecase tor, where more than 90 percent of the reduction 

.-----~~~-==-----~~--~--~--~~--~~--~----~--~---level in 2030. For the low LNG supply case, U.S. LNG occurs). The other 77 percent is made up by an in-
imports are held constant at the reference case level crease in supplies from other sources, primarily 
in 2009 through the end of the projection. All other domestic unconventional natural gas production (26 
assumptions in the LNG supply cases, such as oil percent) but also other domestic lower 48 production 

(20 percent), Alaska production (20 percent), and 
pipeline imports (11 percent) (Figure 28). The lower 

Figure 27. Gross U.S. imports of liquefied natural 
gas in three cases, 1990-2080 (trillion cubic feet) 
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Figure 28. U.S. natural gas suppl:y in three cases, 
2006-2080 (trillion cubic feet) 
30-

25 -

20 -

15 -
10 -

5 -

Re{I!TVU% 

I· 

Low LNG 
supply 

t 

High LNG 
mpply 

I• 

~I Gimports 

~ 

u 
IPl 

Alaska 
t'ipeline 
unports 

111cpnventional 
roduction 

Con 
IPl 

ventional 
roduction 

supply requirement helps moderate the price increase 
relative to the reference case (Figure 29). Wellhead 
natural gas prices in 2030 are 4.4 percent higher in 
the low LNG supply case than in the reference case. 

In the high LNG supply case, the impact on consump­
tion is larger. An increase in natural gas consumption 
amounts to about 45 percent of the increment in 
LNG imports relative to the reference case, and the 
remaining 55 percent offsets declines in domestic 
natural gas production and pipeline imports. Well­
head prices in 2030 are nearly 17 percent lower in the 
high LNG supply case than in the reference case. 

Figure 29. Lower 48 wellhead natural gas prices 
in three cases, 1990-2080 (2006 dollars per thousand 
cubic feet) 
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World Oil Prices and Production Trends 
inAE02008 

AE02008 deimes the world oil price as the price 
of light, low-sulfur crude oil delivered in Cushing, 
Oklahoma. Since 2003, both "above ground" and 
"below ground" factors have contributed to a sus­
tained rise in nominal world oil prices, from $31 per 
barrel in 2003 to $69 per barrel in 2007. The 
AE02008 reference case outlook for world oil prices is 
higher than in theAE02007 reference case. The main 
reasons for the adoption of a higher reference case 
price outlook include continued significant expansion 
of world demand for liquids, particularly in non­
OECD countries, which include China and India; the 
rising costs of conventional non-OPEC supply and 
unconventional liquids production; limited growth in 
non-OPEC supplies despite higher oil prices; and the 
inability or unwillingness of OPEC member countries 
to increase conventional crude oil production to levels 
that would be required for maintaining price stabil­
ity. EIA will continue to monitor world oil price 
trends and may need to make further adjustments in 
future AEOs. 

In the AE02008 reference case, the world oil price 
in 2030 is approximately 18 percent higher than 
the AE02007 reference case projection. In inflation­
adjusted terms (2006 dollars) the world crude oil price 
reaches $70 per barrel in 2030 in the AE02008 refer­
ence case, as compared with $61 per barrel in the 
AE02007 reference case (Figure 30). 

In AE02008, for both production and consumption, 
"liquid fuels" include conventional and unconven­
tional liquids. Unconventional liquids include oil 
sands, biofuels, extra-heavy oils, gas-to-liquids 
(GTL), and CTL. World consumption of liquid fuels 

Figure 30. World oil price in siz cases, 2000-2030 
(2006 dollars per barrel) 
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increases from 85 million barrels per day in 2006 to 
113 million barrels per day in 2030 in the AE02008 
reference case. The non-OECD countries, which ac­
counted for 42 percent of world liquids consumption 
in 2006, are expected to reach 50 percent of the world 
total in 2022 and 53 percent in 2030, as non-OECD 
demand for liquid fuels increases from 36 million 
barrels per day in 2006 to 60 million barrels per day in 
2030. Over the same period, OECD consumption in­
creases from 49 million barrels per day to 53 million 
barrels per day in the reference case (Figure 31). 

The OPEC share of world liquids production remains 
at about 41 percent through 2030, while non-OPEC 
conventional liquids production increases from 48 
million barrels per day in 2006 to 56 million barrels 
per day in 2030. Unconventional liquids production in 
both OPEC and non-OPEC countries grows rapidly, 
but with more substantial increases in the non-OPEC 
countries (to 11 million barrels per day in 2030, com­
pared with 3 million barrels per day for the OPEC 
countries in 2030). 

Any long-term projection of world oil prices is highly 
uncertain. Above-ground factors that contribute to 
price uncertainty include access to oil resources, in­
vestment constraints, economic and other objectives 
of countries where the major reserves and resources 
are located, cost and availability of substitutes, and 
economic and policy developments that affect the 
demand for oil. Below-ground factors include the vol­
umes initially in place in major petroleum basins 
around the world (including discovered and undiscov­
ered fields) and the fluid and rock characteristics of 
undiscovered fields. AE02008 includes high and low 
price cases to illustrate the potential impacts of the 
uncertainties. 

Figure 31. World liquids consumption in the 
AE02008 reference CGBe, 2006-2030 
(million barrels per day) 
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The high price case assumes that non-OPEC conven­
tional oil resources are less plentiful, and the overall 
costs of extraction are higher, than assumed in the 
reference case. The high price case also assumes that 
OPEC will choose to allow a decline in its market 
share to 38 percent of total world liquids production. 
As a result, the oil price increases steadily to approxi­
mately $112 per barrel in 2016 ($93 per barrel in 2006 
dollars) and $186 per barrel in 2030 ($119 per barrel 
in 2006 dollars). World liquids consumption rises 
from 85 million barrels per day in 2006 to 98 million 
barrels per day in 2030 in the high price case. 

Issues in Focus 

The low price case assumes that non-OPEC conven­
tional oil resources are more plentiful, and the overall 
costs of extraction are lower, than in the reference 
case, and that OPEC will choose to increase its 
market share to 45 percent. In the low price case, the 
world oil price falls steadily, to approximately $4 7 per 
barrel in 2017 ($39 per barrel in 2006 dollars), and 
then rises gradually to $69 per barrel in 2030 ($42 per 
barrel in 2006 dollars). World liquids consumption 
rises to 132 million barrels per day in 2030 in the low 
price case. 
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-Market Trends 

The projections in AE02008 are not statements of 
what will happen but of what might happen, 
given the assumptions and methodologies used. 
The projections are business-as-usual trend esti­
mates, giyen known technology and technological 
and demographic trends. AE02008 assumes that 
current laws and regulations are maintained 
throughout the projections. Thus, the projections 
provide a policy-neutral reference case that can be 
used to analyze policy initiatives. EIA does not 
propose, advocate, or speculate on future legislative 
and regulatory changes. Unless otherwise noted, 
laws and regulations are assumed to remain as 
currently enacted. Further, future laws and regula­
tory actions are not anticipated. 

Because energy markets are complex, models are 
simplified representations of energy production imd 
consumption, regulations, and producer and con­
sumer behavior. Projections are highly dependent 
on the data, methodologies, model structures, and 
assumptions used in their development. Behavioral 
characteristics are indicative of real-world ten­
dencies rather than representations of specific 
outcomes. 

Energy market projections are subject to much un­
certainty. Many of the events that shape energy 

markets are random and cannot be anticipated, 
including severe weather, political disruptions, 
strikes, and technological breakthroughs. In addi­
tion, future developments in technologies, demo­
graphics, and resources cannot be foreseen with 
certainty. Many key uncertainties in the AE02008 
projections are addressed through alternative cases. 

EIA has endeavored to make these projections as 
objective, reliable, and useful as possible; however, 
they should serve as an adjunct to, not a substitute 
for, a complete and focused analysis of public policy 
initiatives. 

The AEO production process was somewhat differ­
ent this year. After EIA published an early-release 
version of the AE02008 reference case in December 
2007, EISA2007 was enacted later that month. EIA 
decided to update the reference case to reflect the 
provisions of EISA2007. The AE02008 reference 
case, released in March 2008, also includes addi­
tional revisions that reflect historical data issued 
after the AE02008 early-release reference case was 
completed, as well as new data from EIA's January 
2008 Short-Term Energy Outlook (STEO), a more 
current economic outlook, and technical updates to 
the version of NEMS used to produce the early 
release. 



Trends in Economic Activity 

AE02008 Presents Three Views 
of Economic Growth 

Figure 32. Average annual growth rate& of real 
GDP, labor force, and productivity, 2006-2030 
(percent per year) 
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AE02008 presents three views of economic growth 
for the 2006-2030 projection period. Economic growth 
depends mainly on growth in the labor force and pro­
ductivity. In the reference case, the labor force grows 
by an average of 0. 7 percent per year; labor productiv­
ity in the nonfarm business sector grows by 1.9 per­
cent per year; and growth in real GOP averages 2.4 
percent per year (Figure 32). In line with the labor 
and output trends, nonfarm employment grows by 0.9 
percent per year, while employment in manufactur­
ing shrinks by 1 percent per year. Investment growth 
averages 2.8 percent per year in the reference case; 
disposable income available to households grows by 
2.8 percent per year; and disposable income per capita 
increases by 1.9 percent per year. 

The high and low economic growth cases show the 
effects of alternative economic growth assumptions 
on the energy market projections (see Appendix E for 
descriptions of all the alternative cases). In the high 
growth case, real GOP growth averages 3.0 percent 
per year, as a result of higher assumed growth rates 
for the labor force (0.9 percent per year), nonfarm 
employment (1.2 percent), and nonfarm labor produc­
tivity (2.4 percent). With higher productivity gains 
and employment growth, inflation and i~terest rates 
are lower than in the reference case. In the low 
growth case, growth in real GDP is 1.8 percent per 
year, as a result oflower assumed growth rates for the 
labor force (0.4 percent per year), nonfarm employ­
ment (0.5 percent per year), and labor productivity 
(1.5 percent per year). Consequently, the low growth 
case shows higher inflation and interest rates and 
slower growth in industrial output and employment 
than are projected in the reference case. 

Projected Gains in Labor Productivity 
Are Higher Than Historical Averages 

Figure 33. Average annual inflation, intereBt, and 
unemployment rates, 2006-2030 (percent per year) 
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Common indicators for inflation, interest rates and 
employment are, respectively, the all-urban consum­
er price index, the interest rate (yield) on 10-year U.S. 
Treasury notes, and the nonfarm unemployment 
rate, which are widely viewed as barometers of 
conditions in the markets for goods and services, 
credit, and labor, respectively. Historically, from 
1982 to 2006, inflation has averaged 3.1 percent o 
per year, the average yield on 10-year Treasury notes 
has been 7.2 percent per year, and the unemployment 
rate has averaged 6.1 percent. In the AE02008 refer-
ence case, as well as in the high and low economic 
growth cases, projected gains in nonfarm labor pro­
ductivity-although lower than those seen during the 
1990s-are generally higher than the historical aver-
ages of the 1980s, leading to more optimistic projec-
tions for inflation, interest, and unemployment rates. 

In AE02008, the projected average annual inflation 
rate over the 2006-2030 period is 2.1 percent in the 
reference case, 1.5 percent in the high economic 
growth case, and 2.6 percent in the low growth case 
(Figure 33). Annual yields on the 10-year Treasury 
note are projected to average 5.2 percent in the refer­
ence case, 4.8 percent in the high growth case, and 5. 7 
percent in the low growth case. The projections for av­
erage unemployment rates are 4. 7 percent in the ref­
erence case, 4.6 percent in the high growth case, and 
4.9 percent in the low growth case. Relative to the ref­
erence case, the higher inflation, interest, and unem­
ployment rates in the low growth case and the lower 
rates in the high growth case depend on different as­
sumptions about labor productivity and population 
growth rates. o 
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Output Growth for Energy-Intensive 
Industries Is Expected To Slow 

Figure 34. Sectoral composition of industrial 
output growth rates, 2006-2030 (percent per year) 
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With imports meeting a growing share of demand for 
industrial goods, the industrial sector has shown 
slower output growth than the economy as a whole in 
recent decades. That trend is expected to continue in 
theAE02008 projections. The average annual growth 
rate for reli.l GDP from 2006 to 2030 is 2.4 percent 
in the reference case, whereas the industrial sector 
averages 1.3 percent. With higher energy prices and 
greater foreign competition, the energy-intensive 
manufacturing sectors [78] grow by only 0. 7 percent 
per year from 2006 through 2030, compared with 
a 1.9-percent average annual rate of growth for the 
remaining industrial sectors (Figure 34). 

AE02008 projects relatively slow growth in construc­
tion, chemicals, and transportation equipment. High 
interest rates affect the construction and transporta­
tion equipment sectors. Increased foreign competi­
tion, slow expansion of domestic production, and 
higher energy prices exert competitive pressure on 
the chemicals industry, with growth slowing sub­
stantially after 2020. 

In the high economic growth case, output from the 
industrial sector grows by an annual average of 
2.0 percent, still below the annual growth of real 
GDP (3.0 percent). In the low economic growth case, 
real GDP and industrial output grow by 1.8 and 
0.5 percent per year, respectively. In both cases, the 
non-energy-intensive manufacturing industries show 
higher growth than the rest of the industrial sector. 

Trends in Economic Activity 

Energy Expenditures Relative to GDP 
Are Projected To Decline 

Figure 35. Energy expenditures in the U.S. economy, 
1990-2030 (billion 2006 dollars) 
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Total U.S. energy expenditures were $1.1 trillion in 
2006. Energy expenditures rise to $1.3 trillion (2006 
dollars) in 2030 in theAE02008 reference case and to 
$1.5 trillion in the high economic growth case (Figure 
35). For the economy as a whole, ratios of energy 
expenditures to GDP in 2006 were 8.6 percent for all 
energy, 5.1 percent for petroleum, and 1.4 percent for 
natural gas. Recent developments in the world oil 
market have pushed the energy expenditure shares 
upward, and in the reference case they are expected to 
increase from current levels until 2010. After 2010 
expenditures fall, as the energy intensity of the U.S. 
economy-measured in terms of energy consumption 
(thousand Btu) per dollar of real GDP-continues to 
decline and world oil prices stabilize. Total energy 
expenditures are projected to equal 5.6 percent of 
GDP in 2030, petroleum expenditures 3.1 percent, 
and natural gas expenditures less than 1 percent 
(Figure 36). 

Figure 36. Energy ezpenditures as a share of gross 
domestic product, 1970-2030 (nominal ezpenditures 
as percent of nominal GDP) 
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International Oil Markets 

Oil Price Cases Show Uncertainty 
in Prospects for World Oil Markets 

Figure 37. World oil prices, 1980-2030 
(2006 dollars per barrel) 
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World oil price projections in AE02008, in terms of 
the average price of imported low-sulfur, light crude 
oil to U.S. refiners, are higher for 2006-2030 than 
those presented in AE02007. The higher price path 
reflects lower estimates of oil consumers' sensitivity 
to higher prices, an anticipation of lower additions to 
production capacity in key non-OPEC regions, and a 
reassessment of OPEC producers' willingness and 
ability to expand production and production capacity 
aggressively. 

The historical record shows substantial variation in 
world oil prices, and there is arguably even more 
uncertainty about future prices when longer time 
periods are examined. As in previous outlooks, 
AE02008 considers three price cases to illustrate 
the uncertainty of prospects for future world oil 
resources. In the reference case, world oil prices 
moderate from current levels to about $57 per barrel 
in 2016, start rising again as production in non-OPEC 
regions peaks, and continue rising to $70 per barrel in 
2030 (all prices in 2006 dollars). The low and high 
price cases reflect a wide band of potential world oil 
price paths, ranging from $42 to $119 per barrel in 
2030 (Figure 37), but they do not bound the set of all 
possible future outcomes. The high and low oil price 
cases are predicated on assumptions about access to 
and costs of non-OPEC oil, OPEC supply decisions, 
and the supply potential of unconventional liquids. 
Combining those assumptions with different assump­
tions about the demand for oil would produce a wider 
range of oil price paths. 

Unconventional Resources 
Gain Market Share as Prices Rise 

Figure 38. Unconventional resources as a share of 
the world liquids market, 1990-2030 (percent) 
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The world's total production of liquid fuels from 
unconventional resources in 2006 was 2.8 million 
barrels per day, equal to about 3 percent of total 
liquids production. Production from unconventional 
sources included 1.2 million barrels per day from oil 
sands in Canada, 600,000 barrels per day from very 
heavy oils in Venezuela, and 320,000 barrels of 
ethanol per day in the United States. In theAE02008 
reference case, unconventional production makes up 
12 percent ( 14 million barrels per day) of total liquids 
production in 2030 (Figure 38). 

Depending on price assumptions, world unconven­
tional production is projected to be 5.4 to 18.9 million 
barrels per day higher in 2030 than it was in 2006, 
accounting for between 6 and 22 percent of the 
world's total production of liquids. Production of 
unconventional liquids depends heavily on prices, 
being more competitive with conventional sources 
when market prices are high. Not all unconventional 
liquids respond to price changes in the same manner, 
however, because the sources of unconventional 
liquids differ with regard to resource constraints, 
political backing, available technologies, and other 
characteristics. 

The composition of world unconventional liquids pro­
duction does not vary significantly between the refer­
ence and low price cases, with biofuels and oil sands 
combined accounting for about 60 percent of uncon­
ventional supply. In the high price case, the economic 
viability of and need for unconventional liquids sup­
ply increase, and 34 percent of total projected uncon­
ventionalliquids production in 2030 is accounted for 
by CTL, one-half of which will be produced by China. 
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World Liquids Supply Is Projected 
To Remain Diversified in All Cases 

Figure 39. World liquids production shares 
by region, 2006 and 2030 (percent) 
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In 2006, OPEC producers in the Persian Gulf ac­
counted for 28 percent of the world's conventional 
liquids supply, and other OPEC producers accounted 
for 14 percent. Europe and Eurasia produced 22 
percent of•conventional supply, North America 17 
percent, and the rest of the world 19 percent (Figure 
39). 

In the reference case, OPEC conventional production 
maintains approximately a 40-percent share of world 
total liquids supply through 2030, which is consistent 
with recent historical trends and reflects an expecta­
tion that OPEC suppliers will vary their production 
levels to influence world oil prices. In all the 
AE02008 cases, OECD liquids production is between 
23 and 24 million barrels per day in 2030, constrained 
by resource availability rather than price or political 
concerns. 

In the high price case, several resource-rich countries, 
including Saudi Arabia, Mexico, and Russia, limit 
production, lowering both total world liquids supply 
and their own shares of the supply. In the high price 
case, the largest increases in liquids production occur 
in the United States, China, Canada, Brazil, and 
India, where substantial increases in unconventional 
production are expected, underscoring the rising 
importance of unconventional fuels to the world's 
supply of liquids. In the low price case, resource-rich 
countries either maintain current production behav­
ior or increase their openness to foreign capital in­
vestment. As a result, the largest increases in world 
liquids supply shares in the low price case occur in 
Iraq and the Caspian Sea Basin. 

Energy Demand 

Average Energy Use per Person 
Levels Off Through 2030 

Figure 40. Energy use per capita and per dollar of 
gross domestic product, 1980-2030 (index, 1980 = 1) 
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Because energy use for housing, services, and travel 
in the United States is closely linked to population 
levels, energy use per capita is relatively stable 
(Figure 40). In addition, the economy is becoming 
less dependent on energy in general. 

Energy intensity (energy use per 2000 dollar of GDP) 
declines by an average of 1.4 percent per year in the 
low growth case, 1. 7 percent in the reference case, and 
1.9 percent in the high growth case. Efficiency gains 
and faster growth in less energy-intensive industries 
account for most of the projected decline, more than 
offsetting growth in demand for energy services in 
buildings, transportation, and electricity generation. 
The decline is more rapid in the high economic 
growth case, because with higher economic growth 
the number of new, more efficient systems grows 
faster, and the additional growth is concentrated in 
less energy-intensive industries. As energy prices 
moderate over the longer term, energy intensity de­
clines at a slower rate in the reference, high growth, 
and low growth cases. 

TheAE02008 cases developed to illustrate the uncer­
tainties associated with those factors include low and 
high growth cases, low and high price cases, and alter­
native technology cases (see Appendixes B, C, D, and 
E). 
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Energy Demand 

Coal and Liquid Fuels Lead Increases 
in Primary Energy Use 

Figure 41. Prima~ energy use by fuel. 2006-2030 
(quadrillion Btu) 
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Total primary energy consumption, including energy 
for electricity generation, grows by 0. 7 percent per 
year from 2006 to 2030 in the reference case (Figure 
41). Fossil fuels account for 55 percent of the increase. 
Coal use increases in the electric power sector, where 
electricity demand growth and current environmen­
tal policies favor coal-frred capacity additions. About 
54 percent of the projected increase in coal consump­
tion occurs after 2020, when higher natural gas prices 
make coal the fuel of choice for most new power 
plants under current laws and regulations, which do 
not limit greenhouse gas emissions. Increasing de­
mand for natural gas in the buildings and industrial 
sectors offsets the decline in natural gas use in the 
electricity sector after 2016, resulting in a net in­
crease of 5 percent from 2006 to 2030. 

The transportation sector accounted for more than 
two-thirds of all liquid fuel consumption in 2006, and 
60 percent of that share went to LDV s. Demand for 
liquid transportation fuels increases by 17 percent 
from 2006 to 2030, dominated by growing fuel use for 
LDV s, trucking, and air travel. The industrial sector 
accounted for 25 percent of total liquid fuel use in 
2006, but its share declines to 21 percent in 2030. 

AE02008 also projects rapid percentage growth in 
renewable energy production, as a result of the 
EISA2007 RFS and the various State mandates for 
renewable electricity generation. Additions of new 
nuclear power plants are also projected, spurred by 
improving economics relative to plants frred with 
fossil fuels and by the EPACT2005 PTCs. 

Electricity and Liquid Fuels Lead Rise 
in Delivered Energy Consumption 

Figure 42. Delivered energy use by fuel. 1980.2030 
(quadrillion Btu) 
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Delivered energy use (excluding losses in electricity 
generation) grows by 0. 7 percent per year from 2006 
to 2030 in the reference case. The growth in electric­
ity use is driven by growing demand in the residential 
and commercial sectors. With the growing market 
penetration of electric appliances, residential electric­
ity use increases slightly faster than the total number 
of households, and commercial electricity use out- 0 
paces the growth in commercial floorspace. With dif-
ferent assumptions about population and economic 
growth, average annual growth in delivered energy 
use from 2006 to 2030 ranges from 0.3 percent in the 
low growth case to 1.0 percent in the high growth 
case. 

Growth in demand for liquid fuels is led by the trans­
portation sector, as rising population, incomes, and 
economic output boost demand for travel, partially 
offsetting improvements in vehicle efficiency (Figure 
42). Natural gas use grows more slowly than overall 
delivered energy demand, reflecting its relatively 
higher cost, particularly in the industrial sector. 

Industrial biomass accounts for the largest share of 
end-use consumption of renewable energy. Currently 
it is used mostly as a byproduct fuel in the pulp and 
paper industry, but that use will be surpassed by 
consumption of biomass heat and co-products from 
ethanol manufacture when the biofuel mandate 
under EISA2007 reaches 36 billion gallons in 2022. 
Consumption of nonmarketed solar, geothermal, and 
wind energy also increases dramatically in the projec­
tions; however, it continues to account for less than 
1 percent of all delivered energy use in the residential o 
and commercial sectors. 
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U.S. Primary Energy Use Climbs 
to 118 Quadrillion Btu in 2030 

Figure 43. Primary energy consumption by sector, 
1980-2030 (quadrillion Btu) 
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The most significant impact of EISA2007 is in the 
transportation sector, where the CAFE standard for 
LDVs is raised to 35 mpg in 2020. Still, from 2006 
to 2030 the transportation sector sees the second­
largest increase in energy consumption, at 5 quadril­
lion Btu (Figure 43), as a result of increases in vehicle 
miles traveled, jet fuel consumption, and demand for 
fuels such as ElO, E85, and diesel to displace motor 
gasoline. 

EISA2007 ,has little effect on the commercial sector, 
where energy demand continues to expand more 
rapidly than the economy as a whole. Dependence on 
natural gas and electricity, already heavy in the resi­
dential and commercial sectors, increases over time. 
Demand for electricity grows faster than demand for 
natural gas in both sectors, however, because electric­
ity is used for a wider diversity of applications (includ­
ing the fastest growing end uses, office equipment, 
personal computers, and televisions), whereas natu­
ral gas is used mainly for space heating, cooking, and 
water heating, which grow more slowly than house­
holds and floorspace. 

The variation in residential and commercial energy 
demand between the high and low price cases is rela­
tively small, and natural gas consumption accounts 
for most of the difference. In the industrial sector, 
fuel use in 2030 is higher in the high price case than in 
the reference case, reflecting differences in CTL, 
ethanol, and biodiesel production. Different growth 
rates for manufacturing output in the low and high 
macroeconomic growth cases account for most of the 
difference in industrial energy consumption between 
the two cases. 

Residential Sector Energy Demand 

Residential Energy Use per Capita 
Varies With Technology Assumptions 

Figure 44. Residential delivered energy 
consumption per capita, 1990-2030 
(inde%, 1990 = 1) 
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Residential energy use per person has remained fairly 
constant since 1990 (taking into account year-to-year 
fluctuations in weather), with increases in energy 
efficiency offset by consumer preference for larger 
homes and by new residential uses for energy. Over 
the past 10 years, the weather has generally been 
warmer than the 30-year average, causing energy use 
per person to remain mostly below its 1990 level. 
Given the preponderance of warmer winters and 
summers, the AE02008 projections define normal 
weather as the average of the most recent 10 years of 
historical data, which decreases the need for heating 
fuels, such as natural gas and fuel oil, and increases 
the need for electricity used for air conditioning, all 
else being equal [79]. 

In the AE02008 projections, residential energy use 
per capita changes with assumptions about the rate at 
which more efficient technologies are adopted. The 
2008 technology case assumes no increase in the effi­
ciency of equipment or building shells beyond those 
available in 2008. The high technology case assumes 
lower costs, higher efficiencies, and earlier availabil­
ity of some advanced equipment. In the reference 
case, residential energy use per capita is projected to 
fall below the 2006level after 2024. The 2008 technol­
ogy case approximates an upper bound on residential 
energy use per capita in the future: delivered energy 
use per capita in the residential sector remains above 
the 2006 level through 2030, when it is 7 percent 
higher than projected in the reference case (Figure 
44). The high technology case provides a lower bound, 
falling below the 2006level after 2016 and reaching a 
2030 level that is 5 percent below the reference case 
projection. 
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Residential Sector Energy Demand 

Household Uses for Electricity 
Continue To Expand 

Figure 46. Residential delivered energy 
consumption by fuel, 2006, 2016, and 2030 
(quadrillion Btu) 
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In 2006, households consumed more electricity than 
natural gas for the first time, as warmer winter tem­
peratures reduced the need for natural gas heating. 
Over the past decade, residential electricity use has 
grown steadily, as a result of the increase in air condi­
tioning use and the introduction of new applications. 
That trend is expected to continue in AE02008 
(Figure 45). In 2030, electricity use for home cooling 
is 38 percent higher than the 2006 level in the refer­
ence case, as the U.S. population continues to migrate 
to the South and West, and older homes convert from 
room air conditioning to central air conditioning. A 
projected 25-percent increase in the number of house­
holds also increases the demand for appliances, and 
total electricity use in the residential sector increases 
by 27 percent from 2006 to 2030 in the reference case. 

Natural gas and liquid fuels are used in the residen­
tial sector primarily for space and water heating. Few 
new uses have emerged over the past decade, and few 
are expected in the future. Thus, natural gas and 
liquids consumption per household decreases as the 
energy efficiency of furnaces and building compo­
nents continues to improve. 

The 2008 technology and high technology cases pro­
vide high and low ranges for the projections. In the 
high technology case, for example, high-efficiency air 
conditioners and condensing gas furnaces become 
more prevalent. Recent developments in solid-state 
lighting technologies, such as light-emitting diodes 
(LEDs), are reflected in the reference case as a reduc­
tion of up to 85 percent in the amount of electricity 
needed to provide a given amount of useful light. 

Increases in Energy Efficiency 
Are Projected To Continue 

Figure 46. Efficiency gailiB for selected residential 
appliances, 2030 (percent change from 
2006 iliBtalled stock efficiency) 
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The energy efficiency of new household appliances 
plays a key role in determining the types and amounts 
of energy used in residential buildings. As a result of 
stock turnover and purchases of more efficient equip­
ment, energy use by residential consumers, both per 
household and per capita, has fallen over time. In the 
2008 technology case, which assumes no efficiency 
improvement of available appliances beyond 2008lev­
els, normal stock turnover results in higher average 
energy efficiency for most end uses in 2030, as older 
appliances are replaced with more efficient models 
from the existing stock of appliances (Figure 46). 

The largest gains in residential energy efficiency are 
projected in the best available technology case, which 
assumes that consumers purchase the most efficient 
products available at normal replacement intervals 
regardless of cost, and that new buildings are built to 
the most energy-efficient specffications available, 
starting in 2009. In this case, residential delivered 
energy consumption in 2030 is 27 percent less than in 
the 2008 technology case and 22 percent less than in 
the reference case. Purchases of new energy-efficient 
products, especially compact fluorescent and solid­
state lighting and condensing gas furnaces, reduce 
energy use without lowering service levels. 

Several current Federal programs, including Zero 
Energy Homes and ENERGY STAR Homes, promote 
the use of efficient appliances and building envelope 
components, such as windows and insulation. In 
the best available technology case, use of the most 
efficient building envelope components available can 
reduce heating requirements in an average new home 
by more than 60 percent. 
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Residential Electricity Use for 
Lighting Is Expected To Decline 

Figure 41. Electricity consumption for residential 
lighting. 2006-2030 (billion kilowatthours per :year) 
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Commercial Sector Energy Demand 

Rise in Commercial Energy Use 
per Capita Is Projected To Continue 

Figure 48. Commercial delivered energy 
consumption per capita. 1980-2030 (in.dez. 1980 = 1) 
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Residential electricity use for lighting accounted for 
about 16 percent of the sector's total electricity con­
sumption in 2006, making it the second largest use for 
electricity in households. In the AE02008 reference 
case, electricity use for lighting declines as a result of 
the lighting efficiency standards in EISA2007, which 
require general-service incandescent light bulbs to 
reduce wattage by about 28 percent by 2014, increas­
ing to 65 percent in 2020. DOE is required to examine 
the potential for tighter standards after 2020, but the 
details are uncertain and are not included in the 
AE02008 reference case. 

Figure 4 7 summarizes residential lighting use in the 
AE02008 reference case and a case without EISA-
2007. Given the relatively rapid turnover in incandes­
cent lighting, EISA2007 achieves electricity savings 
immediately, reducing lighting demand by 27 percent 
(59 billion kilowatthours) in 2015. With continued 
tightening of the standard through 2020, demand 
for lighting is reduced by 85 billion kilowatthours 
in 2030, as efficient lighting options, mainly LEDs, 
gain market share. 

In 2007, roughly 200 million compact fluorescent 
light (CFL) bulbs were sold in the United States, 
accounting for about 10 percent of total sales. Even 
without the new standards, CFL sales in the residen­
tial market were expected to continue growing in the 
coming years. LED lamps, which are just now being 
introduced in the general-service residential lighting 
market, reach nearly 20 percent of sales in 2020 with­
out the EISA2007 standards. With the EISA2007 
standards, the market share for LED bulbs in 2020 
doubles. 

Assumptions about the availability and adoption of 
energy-efficient technologies define the range for 
delivered commercial energy use per person in the 
AE02008 projections. Commercial energy consump­
tion per capita increases by a total of 12 percent from 
2006 to 2030 in the reference case, primarily as a 
result of rising electricity use as the Nation continues 
to move to a service economy. The size of the pro­
jected increase varies from a low of 7 percent in the 
high technology case to a high of 17 percent in the 
2008 technology case (Figure 48). 

In terms of floorspace, growth in the commercial sec­
tor averages 1.2 percent per year from 2006 to 2030, 
driven by trends in economic and population growth. 
The reference case assumes future improvements in 
efficiency for commercial equipment and building 
shells, as well as increased demand for services. Con­
sequently, commercial energy use increases at about 
the same rate as floorspace in the reference case, and 
commercial energy intensity (delivered energy con­
sumption per square foot of floorspace) shows little 
change, increasing by less than 2 percent. The 2008 
technology case assumes no increase in the energy 
efficiency of commercial equipment and building 
shells beyond those available in 2008. The result is a 
4-percent increase in commercial delivered energy 
use in 2030 relative to the reference case. In the high 
technology case, assuming earlier availability, lower 
costs, and higher efficiencies for more advanced 
equipment and building shells, delivered energy con­
sumption in 2030 is 4 percent below the reference 
case projection. 
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Commercial Sector Energy Demand 

Electricity Leads Expected Growth 
in Commercial Energy Use 

Figure 49. Commercial delivered energy 
consumption by fuel, 2006, 2016, and 2030 
(quadrillion Btu) 
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In the AED2008 projections, growth in disposable 
income leads to increased demand for services from 
hotels, restaurants, stores, theaters, galleries, arenas, 
and other commercial establishments, which in turn 
are increasingly dependent on computers and other 
electronic office equipment both for basic services and 
for business services and customer transactions. In 
addition, the growing share of the population over age 
65 increases demand for health care and assisted­
living facilities and for electricity to power medical 
and monitoring equipment at those facilities. The ref­
erence case projects increases in commercial electric­
ity use averaging 1. 7 percent per year from 2006 to 
2030 (Figure 49). The high technology and 2008 tech­
nology cases provide low and high ranges for the 
average annual growth rate of commercial electricity 
consumption from 2006 to 2030, at 1.4 percent and 
2.0 percent, respectively. 

Use of natural gas and liquids for heating shows 
limited growth, as commercial activity reflects the 
U.S. population shift to the South and West and the 
efficiency of building and equipment stocks improves. 
Commercial natural gas use grows by 1.1 percent per 
year on average from 2006 to 2030 in the reference 
case, including more use of CHP in the later years. 
While there is little change in liquid fuel consump­
tion, the projections for natural gas use in 2030 range 
from 3.8 quadrillion Btu in the reference case to 4.0 
quadrillion Btu in the high growth case and 3.5 in the 
low growth case. The high and low oil price cases 
show the widest range for liquid fuels use, varying 
from 7 percent below to 12 percent above the refer­
ence case projection of 0. 7 quadrillion Btu in 2030. 

Technology Provides Potential Energy 
Savings in the .Commercial Sector 

Figure 60. E(Jiciency gains for selected commercial 
equipment, 2030 (percent change from 
2006 installed stock ef!U:iency) 
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The stock efficiency of energy-using equipment in the 
commercial sector increases in the AE02008 refer­
ence case. Adoption of more energy-efficient equip­
ment moderates the growth in demand, in part 
because of existing building codes for new construc­
tion and minimum efficiency standards, including 
those in EPACT2005 and EISA2007; however, the 
long service lives of many kinds of energy-using 
equipment limit the pace of efficiency improvements. 

The most rapid increase in overall energy efficiency 
for the commercial sector occurs in the best available 
technology case, which assumes that only the most 
efficient technologies are chosen, regardless of cost, 
and that new building shells in 2030 are 19 percent 
more efficient than the commercial buildings stock in 
2006. With the adoption of improved heat exchangers 
for space heating and cooling equipment, solid-state 
lighting, and more efficient compressors for commer­
cial refrigeration, commercial delivered energy con­
sumption in 2030 in the best technology case is 12 
percent less than in the reference case and 16 percent 
less than in the 2008 technology case. 

In the 2008 technology case, which assumes equip­
ment and building shell efficiencies limited to those 
available in 2008, energy efficiency in the commercial 
sector still improves from 2006 to 2030 (Figure 50), 
because the technologies available in 2008 can pro­
vide savings relative to equipment currently in place. 
When businesses consider equipment purchases, 
however, the additional capital investment needed to 
buy the most efficient technologies often carries more 
weight than do future energy savings. 
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Economic Growth Cases Show Range 
for Projected Industrial Energy Use 

Figure 61. Industrial delivered energy co1111umption, 
1980-2030 (quadrillion Btu) 
40- History PrqjectiDns 

30 -
High. growth. 

'-~~-===::::::::~th. 
20 -

10-

1980 1996 2006 2020 2030 

In the AE02008 reference case, industrial value of 
shipments grows at an annual rate of 1.3 percent 
from 2006 to 2030. Industrial delivered energy con­
sumption increases by just 0.4 percent per year, from 
25.1 quadrillion Btu in 2006 to 27.7 quadrillion Btu in 
2030, as increased efficiency and changes in the com­
position of output partially offset growth. In the low 
economic growth case, industrial value of shipments 
grows by 0.5 percent per year, and delivered energy 
consumption falls to 24.2 quadrillion Btu in 2030. In 
the high growth case, industrial value of shipments 
grows by 2.0 percent per year, and energy consump­
tion rises to 31.7 quadrillion Btu in 2030, 14 percent 
higher than in the reference case (Figure 51). The 
variation in industrial output growth among the 
three cases is well within the typical range over the 
past 16 years, when output grew by 1. 7 percent per 
year on average from 1990 to 2007, and annual 
growth rates ranged from 5. 7 percent to a decline of 
4. 7 percent. 

The construction and chemical industries were par­
ticularly affected by the recent economic slowdown, 
and their future growth is expected to be modest 
(averaging 0.5 percent per year for the construction 
industry from 2006 to 2030 in the reference case). As 
a result, energy consumption in the construction 
sector declines from 2.4 quadrillion Btu in 2006 to 2.2 
quadrillion Btu in 2030, with about 70 percent of the 
decrease attributed to reduced use of asphalt. The 
bulk chemical industry shows little growth from 2006 
to 2030, and its fuel consumption for energy and feed­
stock totals only 5.6 quadrillion Btu in 2030, as com­
pared with an estimated 6.8 quadrillion Btu in 2006. 

Industrial Sector Energy Demand 

Industrial Fuel Choices Vary 
OverTime 

Figure 62. Industrial energy co1111umption b;y fuel, 
2000, 2006, and 2030 (quadrillion Btu) 
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Industries adjust their fuel and product mixes over 
time to respond to changing markets, as indicated by 
the falling share of industrial coal use for process 
steam and the rapid increase in coal use for produc­
tion of liquid fuels in the AE02008 reference case 
(Figure 52). Traditional coal use falls slightly as the 
use of metallurgical coal in steelmaking declines, 
reflecting the difficulty of building additional coke 
ovens in the United States. Industrial demand for 
steam coal as a boiler fuel also declines, as industrial 
processes become more efficient and use less steam, 
and as the growth of energy- and steam-intensive 
industries slows. As a result, consumption of steam 
coal in the industrial sector declines by 0.3 percent 
per year in the reference case projection. 

Natural gas consumption, excluding lease and plant 
use, increases from 6.7 quadrillion Btu in 2006 to 7.1 
quadrillion Btu in 2030-<>nly slightly less than in 
1990 (7.2 quadrillion Btu). Consumption of liquid 
fuels falls slightly, from 9.9 quadrillion Btu in 2006 to 
9.3 quadrillion Btu in 2030, but remains the largest 
category of industrial energy consumption. About 
three-quarters of industrial liquids consumption is 
for nonfuel uses or as a byproduct in the refining 
industry. Industrial consumption of purchased elec­
tricity grows by just 0.1 percent per year. The only 
industrial fuels for which significant increases are 
projected are coal used in CTL plants and biofuel for 
ethanol production. From no commercial production 
in 2006, coal use for CTL grows to 0.6 quadrillion Btu 
in 2030 in the reference case, and biofuel use for 
ethanol production increases eightfold, to 2.3 quadril­
lion Btu in 2030. 
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Industrial Sector Energy Demand 

Energy-Intensive Industries Grow 
Less Rapidly Than Industrial Average 

Figure 63. Average growth in value of shipments 
for the manufacturing subsectors, 2006-2030 
(percent per year) 
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In the AE02008 reference case, average annual 
growth in value of shipments for the manufacturing 
sectors ranges from a decline of 0.1 percent per year 
(bulk chemicals) to an increase of 4.3 percent per year 
(computers). The pattern is similar in the economic 
growth cases (Figure 53). 

For the bulk chemical industry, value of shipments 
grows slowly for several years and then falls slightly 
over the last decade of the projection, as export de­
mand falls and other countries increase production. 
The annual rate of growth in the energy-intensive 
manufacturing group (0. 7 percent) is lower than in 
the non-energy-intensive group (1.9 percent). Glass is 
the only energy-intensive subsector with a growth 
rate above 2 percent per year in the reference case. 
The growth rate for the industrial sector as a whole in 
the final 10 years of the projection is slightly lower 
than in the earlier years (1.2 percent compared with 
1.4 percent). Growth rates for the individual 
subsectors vary considerably, with about one-quarter 
of them growing more rapidly in the final decade. 

The projected growth rates for value of shipments 
in the industrial subsectors in the high and low 
economic growth cases generally are symmetrical 
around the reference case. Industries with the most 
rapid projected growth in the reference case also have 
relatively more rapid growth in the high and low 
economic growth cases. The range across economic 
growth cases and subsectors is substantial, from a 
decline of 1.1 percent per year for bulk chemicals in 
the low economic growth case to an increase of 5.3 
percent per year for computer manufacturing in the 
high economic growth case. 

Energy Consumption Growth Varies 
Widely Across Industry Sectors 

0 

The range of projections for industrial energy con­
sumption in AE02008 largely reflects uncertainty 
about the rate of economic growth. Average annual 
growth in total delivered energy consumption in the 
industrial sector from 2006 to 2030 ranges from a 
decline of0.1 percent in the low economic growth case 
to an increase of 1.0 percent in the high economic 
growth case. In 2030, consumption is 3.5 quadrillion 0 
Btu lower in the low economic growth case and 4.0 
quadrillion Btu higher in the high economic growth 
case when compared with the reference case. Thus, 
across the cases, the range for industrial energy 
consumption in 2030 is 7.5 quadrillion Btu. 

In the reference case, energy consumption growth 
varies substantially among industry subsectors 
(Figure 54). Delivered energy consumption falls over 
the projection period for one-half of the energy­
intensive industries (bulk chemicals, cement, iron 
and steel, and aluminum) as a result of relatively slow 
output growth rates, combined with expected 
changes in production technology over the projection 
period. The declines are reinforced by modest in-
creases in energy prices after 2020. In general, the 
subsectors with the highest growth rates in energy 
consumption are those with the highest growth rates 
in value of shipments (computers and glass). The pe­
troleum refining sector is an exception. As refineries 
shift to alternative feedstocks for liquids production 
(biofuels, coal, heavier crude oil), more energy is re-
quired per unit of output than is used for traditional 
petroleum-based refining. Energy consumption at 
refineries increases from 3.9 quadrillion Btu in 2006 

0 to 7.3 quadrillion Btu in 2030-more than the total 
growth in industrial sector energy consumption. 

64 Energy Information Administration I Annual Energy Outlook 2008 



0 

0 

0 

Transportation Sector Energy Demand 

Energy Intensity in the Industrial 
Sector Continues To Decline 

Figure 55. Industrial delivered energy intensity, 
1990-2080 (thousand Btu per 2000 dollar 
value of shipments) 
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Growth in Transportation Energy Use 
Is Expected To Slow 

Figure 56. Delivered energy consumption for 
transportation, 1980-2080 (quadrillion Btu) 
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From 1990 to 2006, energy consumption in the indus­
trial sector increased by only 0.5 quadrillion Btu 
(3 percent), while the value of shipments increased 
by 33 percent. Thus, industrial delivered energy use 
per dollar of industrial value of shipments declined 
by an average of 1.6 percent per year from 1990 to 
2006 (Figure 55). Factors contributing to the drop in 
energy intensity include continued restructuring 
that reduced the industrial sector share of the most 
energy-intensive industries; higher petroleum and 
natural gas' prices since 1998, which stimulated 
greater improvements in energy efficiency; and hurri­
cane-related shutdowns in 2005. 

The energy-intensive industries' share of industrial 
output fell from 23 percent in 1990 to 21 percent in 
2006; and in 2030 their share is projected to be 18 
percent. Consequently, even if no specific industry 
showed a reduction in energy intensity, the aggregate 
energy intensity of the industrial sector would 
decline. The shift in output share to less energy­
intensive industries accounts for 84 percent of the 
projected change in industrial energy intensity in the 
reference case [80]. 

The technology cases represent alternative views of 
the evolution and adoption of energy-saving technolo­
gies in the industrial sector. In the high technology 
case, industrial energy intensity falls by 1.1 percent 
per year, compared with 0.9 percent per year in the 
reference case. In the 2008 technology case, energy 
intensity improves by only 0.5 percent per year. 
Across the technology cases, industrial energy con­
sumption in 2030 varies over a range from 26.5 to 
30.3 quadrillion Btu. 

Delivered energy consumption in the transportation 
sector grows at an average annual rate of 0. 7 percent 
in the AE02008 reference case, from 28.2 quadrillion 
Btu in 2006 to 33.0 quadrillion Btu in 2030 (Figure 
56). That rate is less than the historical rate of 1.4 
percent per year from 1980 to 2006, because the new 
EISA2007 fuel economy standards, slower economic 
growth, and higher fuel prices lead to efficiency im­
provements and slower growth in travel demand. 

Transportation energy consumption is influenced by 
a variety of factors, including economic growth, popu­
lation growth, fuel prices, and vehicle fuel efficiency. 
AE02008 includes cases that examine the impacts of 
those factors on delivered energy consumption. In 
2030, transportation sector energy consumption is 
about 8 percent higher in the high economic growth 
case and 8 percent lower in the low economic growth 
case than in the reference case, and it is about 5 per­
cent lower in the high price case and 5 percent higher 
in the low price case than in the reference case. 

By mode, the largest share of total transportation 
energy consumption is for travel by LDVs (cars, 
pickup trucks, sport utility vehicles, and vans). The 
modes with the largest increases in energy demand 
are heavy trucks (medium and larg~lasses 3 
through 8--freight trucks and buses) and aircraft. 
Heavy vehicles, which accounted for 18 percent of the 
sector's total energy use in 2006, account for 20 per­
cent in 2030 in the reference case. With expected 
strong growth in demand for air travel and more 
investment in infrastructure, air travel also accounts 
for a growing portion of total energy consumption (13 
percent in 2030, up from 9 percent in 2006). 
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Transportation Sector Energy Demand 

EISA2007 Improves Fuel Economy 
of Light-Duty Vehicles 

Figure 67. Average fuel economy of new light-duty 
vehicles, 1980-2030 (miles per gallon) 
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Light trucks have made up a steadily growing share of 
U.S. LDV sales in recent years, accounting for more 
than 50 percent of all new LDV s in 2006, compared 
with 21 percent in 1980 [81]. Consequently, despite 
fuel economy improvements, the average fuel econ­
omy of new LDVs declined from a 1987 peak of 26.2 
mpg to a low of 25.4 mpg in 2005 and remained at 
roughly that level in 2006 (Figure 57). 

EISA2007, enacted in December 2007, sets a new 
CAFE standard of 35 mpg for LDVs in 2020. Without 
EISA2007 (in the early release case), some advanced 
vehicle technologies are adopted, and the average fuel 
economy for new LDVs increases to 30.0 mpg in 2030. 
In the AE02008 reference case, with the EISA2007 
provisions included, the fuel economy of new LDVs 
increases to 36.6 mpg in 2030. 

The economics of fuel-saving technologies improve 
further in the high technology and high price cases, 
and consumers buy more fuel-efficient cars and 
trucks. In both cases, however, average fuel economy 
improves only modestly from the reference case level, 
because meeting the CAFE standards in EISA2007 
already requires significant penetration of advanced 
technologies, pushing fuel economy improvements to 
the limit of current economic feasibility. In the low 
price case there is little or no economic incentive for 
consumers to purchase more fuel-efficient vehicles, 
and LDV fuel economy in 2030 is slightly lower than 
in the reference case. 

Unconventional Vehicle Technologies 
Exceed 25 Percent of Sales in 2030 

Figure 68. Sales ofunconuentionallight-duty 
vehicles by fuel type, 2006 and 2030 
(thousand vehicles sold) 
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Concerns about oil supply, fuel prices, and emissions 
have driven the development and market penetration 
of unconventional vehicles (which can use alternative 
fuels, electric motors and advanced electricity stor-
age, advanced engine controls, or other new technolo-
gies). Unconventional technologies are expected to 

0 

play an even greater role in meeting the LDV CAFE 
standards in EISA2007. In the reference case (with 0 
EISA2007), unconventional vehicle sales total 7.7 
million units (42 percent of new LDV sales) in 2030. 
Without EISA2007, only 4. 7 million units are sold in 
2030, making up 25 percent of total new LDV sales 
(Figure 58). 

Sales of hybrid vehicles grow to 2. 7 million units in 
2030 in the reference case, compared with 1.6 million 
units without EISA2007. Light-duty diesel engines 
with advanced direct injection, which can signifi­
cantly reduce exhaust emissions and improve effi­
ciency, capture 13 percent of the market for new 
LDVs in 2030. The availability of ultra-low-sulfur 
diesel (ULSD} and biodiesel fuels, along with ad­
vances in emission control technologies that reduce 
criteria pollutants, increase the sales of unconven­
tional diesel vehicles. 

Currently, manufacturers have an incentive to sell 
flex-fuel vehicles (FFVs), because they receive fuel 
economy credits that count toward CAFE compliance. 
Although the credits are phased out by 2020 under 
EISA2007, FFV sales increase from 454,600 units in 
2006 to 2. 7 million units in 2030 in the reference case 
as a result of the growing use of E85 that is needed to 
satisfy the EISA2007 RFS. 0 
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EISA2007 Reduces Light-Duty Vehicle 
Fuel Use by 3 Quadrillion Btu in 2030 

Figure 69. Energy use for light-duty vehicles by fuel 
type, 2006 and 2030 (quadrillion Btu) 
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In the reference case, EISA2007 reduces energy con­
sumption for LDVs by more than 3 quadrillion Btu 
in 2030, from 20.6 quadrillion Btu without EISA2007 
to 17.5 quadrillion Btu with the bill (Figure 59). 
Although total vehicle sales are approximately the 
same in 2030 with and without EISA2007, higher 
CAFE standards lead to the savings in energy 
consumption. 

With EISA2007, LDV motor gasoline consumption 
drops by 4.9 quadrillion Btu in 2030, from 19.7 
quadrillion Btu to 14.8 quadrillion Btu. Much of the 
decline results from switching to unconventional 
technologies. Diesel fuel consumption in 2030, includ­
ing biodiesel and BTL diesel, is 1.3 quadrillion Btu, 
0.4 quadrillion Btu higher than without EISA2007; 
and E85 consumption is 1.3 quadrillion Btu in 2030, 
up from almost zero without EISA2007. The amount 
of ethanol used in blending is about the same in both 
cases because of EPA restrictions on ethanol fuel 
blending. 

As a result of EISA2007, the motor gasoline share of 
fuel use for new LDV s in 2030 declines, and the 
shares of diesel and ethanol increase. In the reference 
case, motor gasoline accounts for 84.7 percent of the 
total, down from 95.4 percent without EISA2007. 
The diesel fuel share increases to 7.5 percent of total 
consumption, and the ethanol share increases to 7. 7 
percent [82]. 

Electricity Demand 

Residential and Commercial Sectors 
Dominate Electricity Demand Growth 

Figure 60. Annual electricity sales by sector, 
1980-2030 (billion kilowatthours) 
2,000 . 

1,500 -

1,000 -

500 -

1980 1996 2006 

Commercial 

Residential 

2020 2030 

Total electricity sales increase by 29 percent in the 
AE02008 reference case, from 3,659 billion kilowatt­
hours in 2006 to 4, 705 billion in 2030, at an average 
rate of 1.1 percent per year. The relatively slow 
growth follows the historical trend, with the growth 
rate slowing in each succeeding decade. Electricity 
sales, which are strongly affected by economic 
growth, increase by 39 percent in the high growth 
case, to 5,089 billion kilowatthours in 2030, but 
by only 18 percent in the low growth case, to 4,319 
billion kilowatthours in 2030. In the reference case, 
the largest increase is in the commercial sector, 
at 49 percent from 2006 to 2030 (Figure 60), as 
service industries continue to drive growth. Electric­
ity demand grows by 27 percent in the residential 
sector and by only 3 percent in the industrial sector. 
Growth in population and disposable income leads to 
increased demand for products, services, and floor­
space. Population shifts to warmer regions also 
increase the need for cooling. 

Efficiency gains offset growth in electricity demand, 
as higher energy prices encourage investment in 
energy-efficient equipment. In both the residential 
and commercial sectors, continuing efficiency gains 
in electric heat pumps, air conditioners, refrigerators, 
lighting (notably LED lighting), cooking appliances, 
and computer screens slow the growth of electricity 
demand. The new standards set in EISA2007 for 
lighting and other appliances (such as boilers, 
dehumidifiers, dishwashers, and clothes washers) 
further dampen electricity demand throughout the 
projection. Slow growth in industrial production, par­
ticularly in the energy-intensive industries, limits 
electricity demand growth in the industrial sector. 
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Electricity Supply 

Coal-Fired Power Plants Provide 
Largest Share of Electricity Supply 

Figure 61. Electricity generation by fuel, 
2006 and 2080 (biUion kilowatthours) 
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Coal-fired power plants (including utilities, independ­
ent power producers, and end-use CHP) continue to 
be the dominant source of electricity generation 
through 2030 (Figure 61). Although natural-gas-fired 
plants with lower capital costs make up most of the 
capacity additions over the next 10 years, more 
coal-fired plants are built in the later years as natural 
gas fuel costs increase. The natural gas share of 
generation falls from 20 percent in 2006 to 14 percent 
in 2030, while the coal share increases from 49 per­
cent to 54 percent. 

Federal tax incentives, State renewable energy pro­
grams, and rising fossil fuel prices lead to increases in 
renewable and nuclear capacity and generation, as 
new plants are built. The generation share from 
renewable capacity increases by 32 percent from 2006 
to 2030 and represents 13 percent of total electricity 
supply in 2030. With capacity additions and improve­
ments in performance at existing nuclear facilities, 
nuclear generation also increases; however, the 
nuclear share of total generation falls slightly, from 
19 percent in 2006 to 18 percent in 2030. 

Technology choices for new plants and utilization of 
existing capacity are affected by relative fuel costs 
and changes in environmental policies. For example, 
natural-gas-fired plants are projected to supply 21 
percent of total electricity supply in 2030 in the low 
price case but only 10 percent in the high price case, 
but coal-fired plants supply 49 percent of the total in 
the low price case and 57 percent in the high price 
case. Changes in environmental policies could also 
have a significant effect on the fuel shares of total 
generation. 

Early Capacity Additions Use Natural 
Gas, Coal Plants Are Added Later 

Figure 62. Electricity generation CtJpacity additions 
by fuel type, including combined heat and power, 
2007-2030 (gigawatts) 
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Decisions to add capacity and the choice of fuel type 
depend on electricity demand growth, the need to 
replace inefficient plants, the costs and operating 
efficiencies of different options, fuel prices, and the 
availability of Federal tax credits for some technolo-
gies. With growing electricity demand and the retire-

0 

ment of 45 gigawatts of capacity, 263 gigawatts of new 
generating capacity (including end-use CHP) will be 0 
needed by 2030. 

Natural-gas-fired plants generally have lower capac­
ity costs but higher fuel costs than coal-fired plants. 
As a result, coal-fired plants typically are more 
economical, and they account for 40 percent of total 
capacity additions from 2006 to 2030, compared with 
a 36-percent share for natural gas (Figure 62). 
Renewable and nuclear plants tend to have high 
investment costs and relatively low operating costs. 
EPACT2005 and State RPS programs are expected to 
stimulate generation from renewable and nuclear 
plants, which represent 18 percent and 6 percent of 
total additions, respectively. 

The quantity and mix of capacity additions can also be 
affected by different fuel price paths or growth rates 
for electricity demand. Because fuel costs are a larger 
share of total expenditures for new natural-gas-fll'ed 
capacity, the higher fuel costs in the high price case 
lead to more coal-fll'ed additions. In the economic 
growth cases, capacity additions range from 182 giga­
watts in the low growth case to 349 gigawatts in the 
high growth case, although the generation shares for 
different technologies are similar in the two cases. 

0 
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Least Expensive Technology Options 
Are Likely Choices for New Capacity 

Figure 63. Leveliud electricity cosh for new plants, 
2016 and 2030 (2006 mills per kilowatthour) 
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Technology choices for new generating capacity 
are made to minimize cost while meeting local and 
Federal emissions constraints. The choice of tech­
nology for capacity additions is based on the 
least expensive option available (Figure 63) [83]. 
The AE02008 reference case assumes a capital recov­
ery period of 20 years, with the cost of capital based 
on competitive market rates. 

Real capital costs decline over time (Table 6) at rates 
that depend on the current stage of development for 
each technology. For the newest technologies, capital 
costs are initially adjusted upward to reflect the opti­
mism inherent in early estimates of project costs. 
As project developers gain experience, the costs are 
assumed to decline. The decline continues at a pro­
gressively slower rate as more units are built. The 
efficiency of new plants is also assumed to improve 
through 2025, with heat rates for advanced combined 
cycle and coal gasification units declining from 6, 752 
and 8, 765 Btu per kilowatthour in 2006 to 6,333 and 
7,450 Btu per kilowatthour, respectively, in 2025. 

Table 6. Costs of producing electricit~ 
from new plants, 2016 and 2030 

2016 2030 

Advanced 
Advanced combined 

AdDCJnced 
Advanced combined 

coal cycle coal cycle 

Cauital 
Fi:&ed 
Variable 
Incremental 

36.83 13.44 32.91 
5.05 1.49 5.05 

17.93 43.87 17.94 

transmission. 3.50 3.62 
62.42 

3.54 
69.44 Total 62.31 

12.50 
1.49 

47.41 
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64.94 

Electricity Supply 

Largest Capacity Additions Expected 
in the Southeast and the West 

CA 
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Most areas of the United States currently have excess 
generation capacity, but all electricity demand re­
gions (see Appendix F for definitions) are expected to 
need additional, currently unplanned, capacity by 
2030. The largest amount of new capacity is expected 
in the Southeast (FL and SERC), which represents a 
relatively large and growing share of total U.S. 
electricity sales and thus requires more capacity than 
other regions (Figure 64). The groWth in demand for 
electricity in the Southeast is well above the national 
average. 

With natural gas prices rising in the reference case, 
coal-fired plants account for the largest share of 
capacity additions through 2030, given the assump­
tion that current environmental policies are main­
tained indefinitely. The largest concentration of new 
coal-fired capacity is in the Southeast, where new 
coal-fired plants are built to accommodate growth in 
the electricity market and the corresponding need for 
additional capacity. 

Natural gas, renewable, and nuclear plants represent 
the remaining capacity additions. Natural-gas-fired 
plants are built to maintain a diverse capacity mix, to 
serve as reserve capacity, or to meet environmental 
regulations. About three-fourths of the additions are 
located in the Southeast, the West (NWP, RA, and 
CA), and the Midwest (ECAR, MAIN, and MAPP). 
Renewable capacity is also needed because of State 
and Federal renewable energy policies, and the Mid­
west accounts for the largest share of renewable 
capacity additions. Most nuclear additions are 
expected in the Southeast, where suppliers have 
expressed interest in building new nuclear plants. 
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Electricity Supply 

EPACT2005 Tax Credits Are Expected 
To Stimulate New Nuclear Builds 

Figure 66. Electricity generation from nuclear 
power,1990-2030 (billion kilowatthours) 
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In the AE02008 reference case, nuclear capacity 
grows from 100.2 gigawatts in 2006 to 114.9 giga­
watts in 2030, including 2. 7 gigawatts of expansion at 
existing plants, 16.6 gigawatts of new capacity, and 
4.5 gigawatts of retirements. EPACT2005 provides 
an 8-year PTC of 1.8 cents per kilowatthour for up to 
6 gigawatts of new nuclear capacity built before 2021. 
The credit also can be shared for additional capacity 
but at a lower credit value. The reference case pro­
jects 8.0 gigawatts of new nuclear capacity (which will 
receive the tax credits) by 2020. Early builds are 
expected to bring down the cost of nuclear capacity 
and, when combined with rising fossil fuel costs, to 
result in additional nuclear builds after 2020. All 
uprates approved, pending, or expected by the NRC at 
existing units are assumed to be carried out. Most 
existing nuclear units are expected to continue oper­
ating through 2030, based on the assumption that 
they will apply for and receive license renewals. Seven 
units, totaling 4.5 gigawatts, are projected to be 
retired after 2028, when the end date of their original 
licenses plus a 20-year renewal is reached. 

Projected nuclear capacity additions vary, depending 
on overall demand for electricity and the prices of 
other fuels. In the five main AE02008 cases, nuclear 
generation grows from 787 billion kilowatthours in 
2006 to between 837 and 1,04 7 billion kilowatthours 
in 2030 (Figure 65). In the low price case, the deliv­
ered price of natural gas in 2030 is 15 percent lower 
than in the reference case, and new nuclear plants 
become less economical. In the high price and high 
·growth cases, respectively, 30 and 33 gigawatts of 
new nuclear capacity are projected, because more ca­
pacity is needed and the cost of alternatives is higher. 

Biomass and Wind Lead Projected 
Growth in Renewable Generation 

Figure 66. Nonh:ydroekctric renewable electricity 
generation b:y energy Bource. 2006-2030 
(billion kilowatthours) 
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There is considerable uncertainty about the growth 
potential of wind power, which depends on a variety 
of factors, including fossil fuel costs, State renewable 
energy programs, technology improvements, access 
to transmission grids, public concerns about environ­
mental and other impacts, and the future of the 
Federal PTC, which is expected to expire at the end of 
2008. In the AE02008 reference case, generation 
from wind power increases from 0.6 percent of total 
generation in 2006 to 2.4 percent in 2030 (Figure 66). 
Biomass, both dedicated and co-firing, grows from 39 
billion kilowatthours in 2006 (1.0 percent of the total) 
to 170 billion kilowatthours (3.2 percent). Generation 
from geothermal facilities also grows, but at a slower 
rate, increasing from 0.4 percent of total generation 
in 2006 to 0.6 percent in 2030. Current assessments 
show limited potential for expansion at conventional 
geothermal sites. 

For consistency in reporting, nonbiogenic municipal 
solid waste (MSW) is separated from renewable gen­
eration. Nonrenewable materials, such as plastics, 
have made up an increasing proportion of MSW, and 
44 percent of the energy value of MSW in 2005 was 
from nonbiogenic sources; in the AE02008 reference 
case, that share is held constant over the projection 
period. (All growth in generation from MSW and 
landfill gas facilities is attributed to landfill gas 
only.) Solar technologies in general remain too costly 
for grid-connected applications, but demonstration 
programs and State policies support some growth in 
central-station solar PV, and small-scale customer­
sited PV applications grow rapidly [84] . 
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Technology Advances, Tax Provisions 
Increase Renewable Generation 

Figure 67. Grid-connected electricity generation 
from renewable energy sources, 1990-2030 
(billion kilowatthours) 
400 -

300-

200 -

Other 
l"l!llewables 

~---,---- Conveniional 
hydropower 

With State RPS programs included in the reference 
case, renewable electricity generation grows by more 
than 270 billion kilowatthours. In 2030, total renew­
able generation is 656 billion kilowatthours or 12.5 
percent of total domestic power production. Although 
conventional hydropower remains the largest source 
of renewable generation through 2030 (Figure 67), 
environmental concerns and the scarcity of untapped 
large-scale sites limit its growth, and its share of total 
generation falls from 7.1 percent in 2006 to 5.8 per­
cent in 2030. Electricity generation from nonhydro­
electric alternative fuels increases, bolstered by 
legislatively mandated State RPS programs, technol­
ogy advances and State and Federal supports, al­
though the Federal PTC is assumed to expire at the 
end of 2008 per existing law. The share of nonhydro­
power renewable generation increases from 2.4 per­
cent of total generation in 2006 to 6.8 percent in 2030. 

Wind is the largest source of renewable generation 
among the nonhydropower renewable fuels, with 124 
billion kilowatthours of generation in 2030, up from 
26 billion kilowatthours in 2006. Initially helped by 
the Federal PTC, its growth continues as States 
meet their RPS requirements. Biomass also grows 
strongly, as generation from both dedicated facilities 
and co-firing applications increases to 83 billion 
kilowatthours in 2030, with an additional 87 billion 
kilowatthours generated in end-use systems. In the 
near term, market penetration by the unproven bio­
mass gasification technology is slow, while co-firing 
expands more rapidly. The strong growth in end-use 
generation is led by the renewable fuels mandate. 
Facilities producing BTL fuels also use the feedstocks 
for electricity production. 

Electricity Supply 

Renewables Are Expected To Become 
More Competitive Over Time 

Figure 68. Leveli:zed and avoided costs for new 
renewable plants in the Northwest, 2030 
(2006 mills per kilowattlwur) 
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The projected cost of renewable generation in 
AE02008 is significantly higher than projected in 
previous AEOs, primarily as a result of increases in 
the installation cost of new generating capacity 
observed throughout the electric power industry. 
Broad indexes of utility construction costs suggest 
increases of approximately 15 percent over previous 
EIA estimates. Available data for specific renewable 
capacity markets, such as wind power, confirm both 
the direction and general magnitude of the cost in­
creases when applied more narrowly to renewable 
generation. For AE02008, the cost increases are 
applied to all power-sector installations, and they are 
expected to be persistent rather than short-term cost 
spikes. In general, renewable generation is expected 
to remain more expensive than the generation it 
would displace, that is, its avoided cost (Figure 68). 

In addition to the increase in capital costs, EIA reas­
sessed the cost and performance of dedicated biomass 
generation technology. According to an independent 
expert review, previous EIA estimates for biomass 
gasification technology understated its cost even 
before the industry-wide increase in capital costs. 
Although higher installation costs make biomass 
more expensive, significant growth in dedicated bio­
mass capacity is expected in regions with stringent 
RPS requirements and limited supplies of lower cost 
resources, such as wind. In the near term, growth in 
renewable generation in those regions is met largely 
by biomass co-firing in existing coal plants-an 
option with relatively low capital costs. The higher 
efficiency of dedicated plants makes them increas­
ingly attractive, however, as biomass fuels with high­
er energy value are used to meet RPS mandates. 
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State Portfolio Standards Increase 
Generation from Renewable Fuels 
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In October 2007,25 States and the District of Colum­
bia had legislatively mandated RPS programs. The 
mandatory programs were modeled in the AE02008 
reference case [85], but States with voluntary goals 
were assumed not to have any impact on the national 
energy mix. Because NEMS does not provide projec­
tions at the State le.vel, the reference case assumes 
that all States will reach their goals within each pro­
gram's legislative framework, and the results are 
aggregated at the regional level. In some States, 
however, compliance could be limited by authorized 
funding levels for the programs. For example, Califor­
nia is not expected to meet its renewable energy 
targets because of limits to authorized funding for its 
RPS program. 

In the reference case, wind capacity grows much 
more rapidly than projected in previous AEOs, to 
40 gigawatts in 2030 [86]. Much of the qualifying 
capacity in the Midwest, Northeast, Southwest, and 
Pacific Northwest is expected to consist of wind 
farms. In one midwestern region (MAIN), 11 giga­
watts of wind turbine capacity is projected to be on 
line in 2030, as compared with 220 megawatts in 
2006. In the Mid-Atlantic region, State RPS programs 
are the driving force behind additional dedicated bio­
mass gasification plants. Approximately 3 gigawatts 
of new capacity, along with co-firing, provides 37 bil­
lion kilowatthours of generation annually. Most of 
the new biomass capacity is projected to come on line 
in the Mid-Atlantic region from 2006 to 2030 (Figure 
69). While the growth in wind capacity is the most 
dramatic, biomass co-firing and geothermal power 
plants also contribute to the baseload generation 
needed to satisfy State RPS requirements. 

Fuel Costs Drop from Recent Highs, 
Then Increase Gradually 

Figure 70. Fuel prices to electricity generators, 
1995-2030 (2006 doll4rB per million Btu) 
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Fuel costs account for about two-thirds of the gener­
ating costs of new natural-gas-fired plants, less than 
one-third for new coal-fired plants, and less than 
one-tenth for new nuclear power plants in 2030. 
For many renewable fuels, such as wind and solar, 
fuel is free. Capital and operations and maintenance 
expenses make up the balance of the costs. As a result, 
natural-gas-fired generation tends to be the most 
sensitive-and wind and solar the least sensitive-to 
changes in fuel costs. 

In the reference case, prices for fossil fuels delivered 
to electricity generators peak between 2005 and 2010, 
as the result of a boom in U.S. and foreign demand, 
combined with constraints on supply growth and 
political instability in oil- and gas-producing nations. 
Fossil fuel prices fall in the middle years of the projec­
tion, however, as new supplies come on line to meet 
growing demand. Prices then increase steadily as 
demand once again starts to outpace supply (Figure 
70). Nuclear and biomass fuel prices rise gradually 
throughout the projection, as a result of worldwide 
growth in the demand for nuclear fuel and depletion 
of local biomass stocks. 

Electricity generation from relatively low-cost, low­
polluting, natural-gas-fired plants increased signifi­
cantly in the early years of this decade. More recently, 
higher costs and increasing volatility of supply and 
prices have characterized natural gas markets. 
Consequently, in the reference case, the natural 
gas share of total electricity generation drops after 
2016, and both coal-fued and renewable generation 
increase. 
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Electricity Prices Moderate in the 
Near Term, Then Rise Gradually 

Figure 71. Average U.S. retail electricity priCeB, 
1970-2030 (2006 cents per kilowatthour) 
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In the AE02008 reference case, continuing high fuel 
prices and escalating capital costs for new generating 
capacity lead to a jump in real electricity prices, peak­
ing in 2009 at an annual average of 9.3 cents per kilo­
watthour (2006 dollars). Electricity prices fall to 8.5 
cents per kilowatthour in 2015, as new sources of nat­
ural gas and coal are brought on line. From -2016 on, 
generally rising prices for natural gas and petroleum 
(in addition to the impact of State renewable fuel 
mandates) encourage power producers to increase 
their use of less expensive coal and renewable fuels. 
Retail electricity prices rise gradually after 2016, to 
8.8 cents per kilowatthour in 2030 (Figure 71). 

Customers in States with competitive retail markets 
for electricity experience the effects of changes in 
natural gas prices more rapidly than customers in 
States with regulated markets, because competitive 
prices are determined by the marginal cost of energy, 
and natural-gas-fired plants, with their higher oper­
ating costs, often set hourly marginal prices. After 
2016, as other plant types set hourly prices more 
often, the price of natural gas has less influence on 
competitive retail markets. In th~ low and high oil 
and natural gas price cases, electricity prices range 
from 8.5 to 9.1 cents per kilowatthour in 2030. 

Electricity distribution costs decline by 5 percent 
from 2006 to 2030, as technology improvements and a 
growing customer base lower the cost of the distribu­
tion infrastructure. Transmission costs increase by 
30 percent, as additional investments are made in 
the grid to alleviate current constraints, facilitate 
competitive markets, and meet growing consumer 
demand for electricity. 

Natural Gas Demand 

Fastest Increase in Natural Gas Use 
Is Expected for the Buildings Sectors 

Figure 72. Natural gas consumption by sector, 
1990-2030 (trillion cubic feet) 
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In the reference case, total natural gas consumption 
increases from 21.7 trillion cubic feet in 2006 to a 
peak value of23.8 trillion cubic feet in 2016, followed 
by a decline to 22.7 trillion cubic feet in 2030. The 
natural gas share of total energy consumption drops 
from 22 percent in 2006 to 20 percent in 2030. 

The projected path of total natural gas consumption 
depends almost entirely on the amount consumed in 
the electric power sector. Natural gas consumption 
for electricity generation in the power sector declines 
from current levels to 5.0 trillion cubic feet in 2030 in 
the reference case (Figure 72), as a result of a pro­
jected increase in natural gas prices that begins after 
2016. 

Natural gas consumption in the electric power sector 
is highly responsive to price changes, because elec­
tricity producers can choose among different fuels on 
an ongoing basis. In contrast, consumption of natural 
gas in the residential, commercial, and industrial sec­
tors is influenced not only by fuel prices but also 
by economic trends. In those sectors, natural gas 
consumption increases steadily from 2006 through 
2030. 

In the industrial sector, natural gas consumption is 
projected to grow from 7.6 trillion cubic feet in 2006 
to 8.1 trillion cubic feet in 2030. In the residential 
and commercial sectors (the buildings sectors), con­
sumption increases from a combined total of 7.2 
trillion cubic feet in 2006 to 8.8 trillion cubic feet in 
2030. As a result, the buildings sectors show the 
greatest overall increase in natural gas consumption, 
in both percentage and absolute terms. 
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Natural Gas Demand 

Natural Gas Consumption Varies With 
Fuel Prices and Economic Growth 

Figure 73. Total natural gas con.aumption, 
1990-2030 (trillion cubic feet) 
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In the AE02008 projections, natural gas consump­
tion varies with natural gas prices and economic 
growth rates. Higher natural gas prices reduce de­
mand, and higher economic growth rates increase 
demand. 

In the high and low price cases, natural gas con­
sumption in 2030 ranges from 24.8 trillion cubic feet 
in the low case to 21.9 trillion cubic feet in the 
high case (Figure 73). High natural gas prices provide 
direct economic incentives for reducing natural gas 
consumption, whereas low prices encourage more 
consumption; however, the strength of the relation­
ship depends on short- and long-term fuel substitu­
tion capabilities and equipment options within each 
consumption sector. 

In the economic growth cases, consumption in 2030 
varies from 24.0 trillion cubic feet in the high growth 
case to 21.3 trillion cubic feet in the low growth case. 
With faster economic growth, disposable income 
increases more rapidly, and consumers increase 
their energy purchases either by buying products that 
consume additional energy (such as larger homes), 
being less energy-efficient in using products they 
already own (for example, by setting thermostats 
higher in the winter and lower in the summer), or 
both. 

Natural Gas Use in the Electric Power 
Sector Is Sensitive to Prices 

Figure 74. Natural gas con.aumption in the electric 
power and non-electric power sectors in alternative 
price cases, 1990-2080 (trillion cubic feet) 
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In the AE02008 projections, the largest variation in 
sectoral demand for natural gas in response to high 
and low price assumptions occurs in the electric 
power sector (Figure 74). Natural gas consumption 
by electricity producers in 2030, projected at 5.0 
trillion cubic feet in the reference case, increases to 
7.1 trillion cubic feet in the low price case but falls to 
3. 7 trillion cubic feet in the high price case. 

Much of the variation in projected natural gas 
demand in the electric power sector between the 
low and high price cases is the resttlt of different 
projections for the amount of natural-gas-fired gen­
erating capacity built-and consequently the amount 
of electricity generated from natural gas-from 2007 
to 2030. In the high price case, a cumulative 65.4 giga­
watts of new natural-gas-fired generating capacity is 
added in the electric power sector between 2007 and 
2030. In the low price case, cumulative natural-gas­
fired capacity additions in the electric power sector 
totall31.1 gigawatts over the same period. 

When natural gas prices are high, electric power pro­
ducers can quickly substitute generation from coal 
and other fuels for power generated from natural gas. 
In contrast, in the residential, commercial, industrial, 
and transportation sectors, fuel price assumptions 
have a considerably smaller effect on natural gas 
consumption, because fuel substitution options are 
limited and the stocks of equipment that use natural 
gas have relatively slow turnover rates. In 2030, total 
natural gas consumption in those sectors ranges 
from 18.1 trillion cubic feet in the high price case to 
17.6 trillion cubic feet in the low price case. 
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Natural Gas Use in Other Sectors 
Is More Sensitive to Economic Growth 

Figure 75. Natural gas consumption in the electric 
power and non-electric power secton in alternative 
growth cases, 1990-2030 (trillion cubic feet) 
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The largest variation in natural gas consumption in 
the residential, commercial, industrial, and transpor­
tation end-use sectors results from different assump­
tions about economic growth rates. In the high 
economic growth case, natural gas consumption in 
those end-use sectors is projected to total19.2 trillion 
cubic feet in 2030. In the low growth case, the 
projected total in 2030 is 16.2 trillion cubic feet 
(Figure 75). Most of the difference between the pro­
jections in the two cases is attributable to the indus­
trial sector, where growth in economic output has 
a greater impact on natural gas consumption than 
it does in the residential, commercial, and trans­
portation sectors. In the industrial sector, projected 
natural gas consumption in 2030 varies from 7.2 
trillion cubic feet in the low growth case to 9.0 trillion 
cubic feet in the high growth case. 

Natural gas consumption in the electric power sector 
is sensitive to natural gas prices because other fuels, 
such as coal, can be substituted directly for natural 
gas in generating electricity. In the high and low eco­
nomic growth cases, however, natural gas consump­
tion in the electric power sector shows little variation 
from the reference case projection. Natural gas use 
for electricity generation in 2030 varies from 5.0 
trillion cubic feet in the low growth case to 4.9 trillion 
cubic feet in the high growth case. In the high 
economic growth case, when natural gas consumption 
in the electric power sector begins to rise, natural gas 
prices increase significantly, and in response coal and 
nuclear power are substituted for natural gas. 

Natural Gas Prices 

Projected Natural Gas Prices Fall 
from Current Levels Before Rising 

Figure 76. Lower 48 wellhead and Henry Hub 
spot market prices for natural gas, 1990-2080 
(2006 dollars per thousand cubic feet) 
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In the AE02008 reference case, lower 48 wellhead 
prices for natural gas are projected to decline from 
current levels to an average of $5.32 per thousand 
cubic feet (2006 dollars) in 2016, then rise to $6.63 per 
thousand cubic feet in 2030. Henry Hub spot market 
prices are projected to decline to $5.82 per million Btu 
($5.99 per thousand cubic feet) in 2016 and then rise 
to $7.22 per million Btu ($7.43 per thousand cubic 
feet) in 2030 (Figure 76). 

Current high natural gas prices are expected to stim­
ulate the development of new gas supplies and con­
strain growth in natural gas consumption. Greater 
availability of natural gas supplies leads to a decline 
in prices through 2016. After 2016, wellhead natural 
gas prices increase largely as a result of the increased 
cost of developing the remaining U.S. natural gas 
resource base. 

Natural gas prices in the reference case are deter­
mined largely by the cost of supplying natural gas 
from the remaining U.S. and Canadian resource base. 
In the future, however, the U.S. natural gas market is 
expected to become more integrated with natural gas 
markets worldwide, as a result of increased U.S. 
access to, and reliance on, LNG supplies from foreign 
sources. AB a consequence, international market 
conditions will have a stronger influence on domestic 
natural gas prices in the United States, causing 
even greater uncertainty in future U.S. natural gas 
prices than would be the case if the United States 
relied exclusively on natural gas supplies from North 
America. 
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Natural Gas Prices 

Prices Vary With Resource Size and 
Technology Progress Assumptions 

Figure 77. LoUJer 48 wellhead natural gas prices. 
1990-2030 (2006 dollars per thousand cubic feet) 
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In the high price case, oil prices are assumed to be 
higher and the unproven natural gas resource base is 
assumed to be 15 percent smaller than the estimates 
used in the reference case, The low price case assumes 
lower oil prices and a 15-percent larger unproven 
resource base than in the reference case. A smaller 
domestic natural gas resource base increases explora­
tion and production (E&P) costs, leading to higher 
natural gas prices. As a result, U.S. wellhead prices 
(and the price of LNG worldwide) are higher in the 
high price case and lower in the low price case than in 
the reference case (Figure 77). In 2030, domestic well­
head natural gas prices are projected to average $7.77 
(2006 dollars) per thousand cubic feet in the high 
price case, compared with $5.49 per thousand cubic 
feet in the low price case. 

Technological progress affects the future production 
of natural gas by reducing production costs and 
expanding the economically recoverable resource 
base. In the AE02008 reference case, the rate of 
improvement in natural gas production technology is 
based on the historical rate. The slow oil and natural 
gas technology case assumes an improvement rate 50 
percent lower than in the reference case. As a result, 
future capital and operating costs are higher, causing 
the projected average wellhead price of natural gas to 
increase to $7.10 per thousand cubic feet in 2030. The 
rapid technology case assumes a rate of technology 
improvement 50 percent higher than in the reference 
case, reducing natural gas development and produc­
tion costs. In the rapid technology case, wellhead 
natural gas prices are projected to average $6.11 per 
thousand cubic feet in 2030. 

Delivered Natural Gas Prices Follow 
Trends in Wellhead Prices 

Figure 78. Natural gas prices by end-use sector. 
1990-2030 (2006 dollars per thousand cubic feet) 
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Trends in delivered natural gas prices largely reflect 
changes in projected wellhead prices. In the AE02008 
reference case, prices for natural gas delivered to the 
end-use sectors decline through 2016 as wellhead 
natural gas prices decline, then increase along with 
wellhead prices over the rest of the projection period 
(Figure 78). 

0 

Natural gas transmission and distribution margins in 0 
the industrial and electric power sectors fall over 
time, because production facilities in those sectors 
typically are connected directly to transmission pipe-
lines, and pipeline rates are projected to fall as their 
depreciation expenses decline more rapidly than their 
costs increase. In the residential and commercial sec-
tors, in contrast, transmission and distribution rates 
for natural gas rise over time, because increases in 
building efficiency reduce natural gas consumption at 
each building site, and distribution expenses thus are 
spread over a lower total volume of system through-
put. As a result, average U.S. transmission and distri-
bution margins increase slowly from 2006 to 2030 in 
the reference case. 

All the AE02008 cases assume that sufficient trans­
mission and distribution capacity will be built to 
accommodate the projected growth in natural gas 
consumption. If public opposition were to prevent 
infrastructure expansion, however, delivered prices 
could be higher than projected. 

0 
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Transmission and Distribution 
Margins Vary Inversely With Volumes 

Figure 79. Average natural gas transmiuion and 
distribution margins, 1990-2030 (2006 dollars 
per thou.and cubic feet) 
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The transmission and distribution margin for natural 
gas delivered to end users is the difference between 
the average delivered price and the average source 
price, which is the quantity-weighted average of the 
lower 48 wellhead price and the average import price. 
It reflects .both the capital and operating costs for 
pipelines and the volume of natural gas transported. 
Although operating costs vary with the level of pipe­
line utilization, capital costs are fixed for the most 
part. Variations in pipeline throughput result in 
higher or lower transmission and distribution costs 
per thousand cubic feet of natural gas transported. 
Thus, because the high and low price case projections 
show the greatest variation in total natural gas con­
sumption, the greatest variation in transmission and 
distribution margins is also seen in those cases. 

In the high price case, total natural gas consumption 
in 2030 is projected to be only 21.9 trillion cubic feet. 
As a result, the average transmission and distribution 
margin for delivered natural gas is projected to 
increase from $2.98 per thousand cubic feet in 2006 to 
$3.12 per thousand cubic feet in 2030 (2006 dollars). 
In the low price case, total natural gas consumption in 
2030 grows to 24.8 trillion cubic feet, and the average 
transmission and distribution margin in 2030 drops 
to $2.74 per thousand cubic feet as the existing 
pipeline system is used at a higher capacity factor. 
In the reference case, with projected natural gas 
consumption of 22.7 trillion cubic feet in 2030, 
the projected average transmission and distribution 
margin in 2030 is $2.93 per thousand cubic feet 
(Figure 79). 

Natural Gas Supply 

Unconventional Production Is a 
Growing Source of U.S. Gas Supply 

Figure 80. Natural gas production by source, 
1990-2030 (trillion cubic feet) 
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Total U.S. natural gas production grows modestly 
in the reference case, from 18.5 trillion cubic feet in 
2006 to 19.4 trillion cubic feet in 2030, as depletion of 
the onshore lower 48 conventional resource base is 
offset by increased production from unconventional 
sources and from Alaska. Offshore production 
increases from 3.0 trillion cubic feet in 2006 to 
4.5 trillion cubic feet in 2017, then declines to 3.5 
trillion cubic feet in 2030. Production in shallow 
waters declines slowly through 2030. Production in 
deeper waters rises to 3.0 trillion cubic feet in 2019 
and then declines through 2030. 

A large proportion of the onshore lower 48 conven­
tional natural gas resource base has been discovered. 
Discoveries of new conventional natural gas reser­
voirs are expected to be smaller and deeper, and thus 
more expensive and riskier to develop and produce. 
Accordingly, total lower 48 onshore conventional 
natural gas production declines in the AE02008 ref­
erence case from 6.6 trillion cubic feet in 2006 to 4.4 
trillion cubic feet in 2030 (Figure 80). Incremental 
production of lower 48 onshore natural gas comes 
primarily from unconventional resources, including 
coalbed methane, tight sandstones, and gas shales. 
Lower 48 unconventional production increases in the 
reference case from 8.5 trillion cubic feet in 2006 to 
9.5 trillion cubic feet in 2030. 

The Alaska natural gas pipeline is expected to begin 
transporting natural gas to the lower 48 States in 
2020. As a result, Alaska's natural gas production 
increases from 0.4 trillion cubic feet in 2006 to 2.0 
trillion cubic feet in 2030 in the reference case. 
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Natural Gas Supply 

Natural Gas Supply Projections 
Reflect Rates of Technology Progress 

Figure 81. Total U.S. natural ga production. 
1990-2030 (trillion cubic feet) 
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Exploration for and production of natural gas be­
comes more profitable when prices increase and when 
exploration and development costs decline. The rapid 
and slow technology cases show the effects of differ­
ent assumed rates of technology improvement in the 
oil and natural gas industries, which directly affect 
exploration and development costs. The high and low 
price cases show the effects of different assumptions 
about oil price levels and the availability of unproved 
oil and natural gas resources. 

Technological progress generally reduces the cost of 
natural gas production, leading to lower wellhead 
prices, more end-use consumption, and more produc­
tion. More rapid progress works to increase domestic 
natural gas production and slower progress works 
to reduce production in the technology cases. U.S. 
natural gas production in 2030 is 6.4 percent higher 
in the rapid technology case and 4.8 percent lower in 
the slow technology case than in the reference case 
(Figure 81). 

The high and low price cases show smaller effects on 
total production than do the technology cases. The 
high and low price cases include higher and lower oil 
prices and assume an unproven natural gas resource 
base that is 15 percent smaller (in the high price case) 
or 15 percent larger (in the low price case) than 
assumed in the reference case. In the high price case, 
the stimulative effect that higher natural gas prices 
normally would have on natural gas production is 
offset by an increase in E&P costs as a result of the 
smaller resource base. 

Net Imports of Liquefied Natural Gas 
Grow in the Projection 

Figure 82. Net U.S. imports of natural ga 
by source, 1990-2030 (trillion cubic feet) 
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Net U.S. imports of natural gas from Canada are 
projected to decline, and net imports of LNG are 
projected to grow, from 2006 through 2030. Most of 
the expected growth in U.S. natural gas imports is in 
the form of LNG. The total capacity of U.S. LNG 
receiving terminals increases from 1.5 trillion cubic 

0 

feet in 2006 to 5.2 trillion cubic feet in 2009 in the 
reference case (with no further increase through 0 
2030), and net LNG imports grow from 0.5 trillion 
cubic feet in 2006 to 2.8 trillion cubic feet in 2030 
(Figure 82). The U.S. market is expected to be tight 
throughout the projection because of competition for 
LNG supplies across the world. Although U.S. im-
ports rise over time, they are expected to vary signifi-
cantly from year to year, depending on domestic and 
worldwide natural gas prices. When international 
natural gas prices are higher than U.S. prices, LNG 
imports are expected to be lower, and vice versa. 
Thus, LNG imports in the AE02008 cases reflect the 
expected long-term trend rather than actual import 
levels in any particular year. 

Over the past year, reported costs for development of 
the Mackenzie Delta natural gas pipeline, including 
development costs for the three anchor natural gas 
fields, have increased substantially [87]. Therefore, 
the pipeline is not expected to be built with natural 
gas prices at the levels projected in the AE02008 ref­
erence case. Canada still is expected to export natural 
gas to the United States in the reference case, how­
ever, with U.S. net imports from Canada declining 
from 3.2 trillion cubic feet in 2006 to 0.9 trillion cubic 
feet in 2030. Natural gas prices in the reference case 

0 are adequate to support that level of imports despite 
the absence of the Mackenzie Delta pipeline. 
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LNG Imports Are the Source of Supply 
Most Affected in the Price Cases 

Figure 83. Net U.S. imports of liquefied natural gas, 
1990-2030 (trillion cubic feet) 
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Net U.S. imports of LNG are expected to vary consid­
erably from year to year, depending on both the level 
of U.S. natural gas prices and whether those prices 
are higher or lower than prices elsewhere in the 
world. Higher prices overseas are expected to reduce 
U.S. LNG imports, and lower prices overseas are 
expected to increase U.S. imports. U.S. LNG imports 
are much less sensitive to economic growth rates, 
which determine the level of domestic natural gas 
consumption. Given the uncertainty in future domes­
tic and overseas natural gas prices, the level of future 
U.S. LNG imports is highly uncertain. 

In the high price case, the higher world crude oil price 
is expected to result in increased natural gas con­
sumption in overseas energy markets, exerting up­
ward pressure on LNG prices. In addition, some LNG 
contract prices are tied directly to crude oil prices. 
Higher crude oil prices will also spur greater GTL 
production, placing additional pressure on world 
natural gas supplies. Collectively, these activities are 
expected to increase overseas wellhead natural gas 
prices and worldwide LNG prices, reducing both 
domestic natural gas consumption and LNG imports 
in the United States. 

Net U.S. imports of LNG in 2030 are projected to total 
2.8 trillion cubic feet in the reference case, 4.5 trillion 
cubic feet in the low price case, 1. 7 trillion cubic feet 
in the high price case, 2.9 trillion cubic feet in the high 
economic growth case, and 2.5 trillion cubic feet in 
the low economic growth case (Figure 83). 

Oil Production 

U.S. Crude Oil Production Increases 
Slightly Through 2030 

Figure 84. Domestic crude oil production by source, 
1990-2030 (million barrelll per da;y) 
8 - History Projections 

7btal 

Deepwater offshore 
Shallow r offahore 

1990 2000 2006 2020 2080 

In the reference case, U.S. conventional oil produc­
tion grows from 5.1 million barrels per day in 2006 to 
a peak of 6.3 million barrels per day in 2018, then 
declines to 5.6 million barrels per day in 2030 (Figure 
84). The shape of the U.S. production proflle is deter­
mined largely by lower 48 offshore oil production, 
which rises from 1.4 million barrels per day in 2006 to 
2.4 million barrels per day in 2015 and then falls to 
1.9 million barrels per day in 2030. Deepwater oil pro­
duction in the Gulf of Mexico increases from 970,000 
barrels per day in 2006 to a peak of2.0 million barrels 
per day between 2013 through 2019, which is followed 
by a decline to 1.6 million barrels per day in 2030. 
Production in the shallower Gulf waters (at depths 
less than 1,000 feet) declines from 350,000 barrels per 
day in 2006 to 230,000 barrels per day in 2030. The 
decline in total offshore oil production during the 
later years of the reference case reflects depletion of 
the largest offshore oil fields and the fact that the 
remaining offshore oil resource base is composed of 
smaller and smaller fields. 

Because a large portion of the U.S. onshore conven­
tional oil resource base already has been produced, 
newly discovered oil reservoirs are expected to be 
smaller, more remote (e.g., Alaska), and more costly 
to exploit. Onshore oil production in the lower 48 
States increases slightly, however, as higher crude oil 
prices stimulate production by EOR techniques using 
C02 injection, which increases from 350,000 barrels 
per day in 2006 to 1.3 million barrels per day in 2030. 
Excluding the increase in EOR production, lower 48 
onshore oil production declines slowly, from 2.6 mil­
lion barrels per day in 2006 to 2.1 million barrels per 
day in 2030. 
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Oil Production 

More Rapid Technology Advances 
Could Raise U.S. Oil Production 

Figure 85. Total U.S. crude oil production, 
1990-2080 (million barrels per da;y) 
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The rapid and slow oil and gas technology cases 
assume rates of technological progress in the 
petroleum industry that are 50 percent higher and 
50 percent lower than in the reference case. The 
rate of technological progress determines the cost of 
developing and producing the remaining domestic oil 
resource base. Higher (or lower) rates of technological 
progress result in lower (or higher) oil development 
and production costs, which in turn allow more (or 
less) oil production. In 2030, domestic crude oil pro­
duction is 5.6 million barrels per day in the reference 
case, 5.9 million barrels per day in the rapid technol­
ogy case, and 5.0 million barrels per day in the slow 
technology case (Figure 85). 

Domestic oil consumption, which is determined large­
ly by oil prices and economic growth rates, does not 
vary significantly across the technology cases; how­
ever, imports of crude oil and petroleum products do 
vary, depending on domestic oil production levels. In 
2030, net imports of crude oil and liquid fuels total 
12.4 million barrels per day in the reference case, as 
compared with 12.0 million barrels per day in the 
rapid technology case and 13.0 million barrels per day 
in the slow technology case. 

Higher rates of technological progress result in 
higher oil production rates and more rapid depletion 
of the domestic resource base. Cumulative U.S. crude 
oil production from 2006 through 2030 is 2.0 billion 
barrels (3.9 percent) higher in the rapid technology 
case and 2.6 billion barrels (4.9 percent) lower in the 
slow technology case than in the reference case. 

Unconventional Liquids Production 
Increases With Higher Oil Prices 

Figure 86. Total U.S. unconventional crude oil 
production, 2006-2030 (thousand barrels per da;y) 
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Crude oil prices are the primary determining factor 
for future levels of domestic unconventional oil pro­
duction (such as oil shale, CTL, and GTL). In the 
AE02008 low price case, CTL production begins in 
2011, using only U.S. facilities now under construc­
tion, and remains at 40,000 barrels per day through 
2030. With the higher oil price in the reference case, 
CTL production starts in 2011 at about 50,000 barrels 
per day and increases to about 240,000 barrels per 
day in 2030 (Figure 86). In the high price case, both 
GTL and oil shale production become economical, 
and total domestic unconventional oil production 
increases to 1.5 million barrels per day in 2030-1.2 
million barrels per day from CTL, 130,000 barrels per 
day from GTL, and 140,000 barrels per day from oil 
shale. In the high price case, both oil and natural gas 
prices are sufficiently high to encourage both the con­
struction of an Alaska natural gas pipeline and GTL 
production on Alaska's North Slope. 

There is considerable uncertainty surrounding the 
future of unconventional crude oil production in 
the United States. Environmental regulations could 
either preclude unconventional production or raise 
its cost significantly. If future U.S. laws limited 
and/or taxed greenhouse gas emissions, they could 
lead to substantial increases in the costs of unconven­
tional production, which emits significant volumes 
of C02• Restrictions on access to water also could 
prove costly, especially in the arid West. In addition, 
environmental restrictions on land use could pre­
clude unconventional oil production in some areas of 
the United States. 
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Liquid Fuels Production and Demand 

Transportation Uses Lead Growth 
in Liquid Fuels Consumption 

Figure 87. Liquid fuels consumption by sector, 
1990-2030 (miUion barrels per day) 
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U.S. consumption of liquid fuels-including fuels 
from petroleum-based sources and, increasingly, 
those derived from nonpetroleum primary fuels such 
as coal, biomass, and natural gas-totals 22.8 million 
barrels per day in 2030 in the reference case, an 
increase of 2.1 million barrels per day over the 2006 
total (Figure 87). All of the increase is in the transpor­
tation sector, which accounts for 73 percent of total 
liquid fuels consumption in 2030, up from 68 percent 
in 2006. 

Gasoline, ULSD, and jet fuel are the main transporta­
tion fuels. The reference case includes the effects 
of technology improvements that are expected to 
increase the efficiency of motor vehicles and air­
craft, but the projected growth in demand for each 
mode outpaces those improvements as the demand 
for transportation services grows in proportion to 
increases in population and GDP. With the new 
CAFE standards in EISA2007, transportation use of 
liquid fuels increases by 2.6 million barrels per day in 
the reference case, 3.9 million barrels per day in the 
high economic growth case, and 1.8 million barrels 
per day in the high price case from 2006 to 2030. 

Consumption of liquid fuels from nonpetroleum 
sources increases substantially over the projection 
period. Ethanol, which made up 4 percent of the 
motor gasoline pool in 2006, increases to 15.8 percent 
of the total motor gasoline pool in 2030. Total pro­
duction of liquid fuels from CTL and BTL plants, 
which are expected to commence operation in 2011, 
increases in the reference case to 540,000 barrels per 
day in 2030, equivalent to 9.7 percent of the total pool 
of distillate fuel. 

RFS Is Defined by Multiple Biofuel 
Categories in EISA2007 

Figure 88. EISA2007 RFS credits earned in selected 
years, 2006-2030 (billion credits) 
40 -

2006 2010 2022 2030 

EISA2007 mandates a total RFS credit requirement 
of 36 billion gallons in 2022. Credits are equal to 
gallons produced, except for fatty acid methyl ester 
biodiesel and BTL diesel, which receive a 1.5-gallon 
credit for each gallon produced. The renewable fuels 
can be grouped into two categories: conventional 
biofuels (ethanol produced from corn starch) and 
advanced biofuels (including cellulosic ethanol, bio­
diesel, and BTL diesel). In total, 15 billion gallons of 
credits from conventional biofuels and 21 billion gal­
lons from advanced biofuels are required in 2022. 

In the AE02008 reference case, however, only 32.5 
billion gallons of RFS credits are generated in 2022, 
because cellulosic biofuel production is not expected 
to increase rapidly enough to provide the credits that 
would be needed to meet the advanced biofuels 
requirement. If the available quantities of biofuels 
are inadequate to meet the initial targets, EISA2007 
provides for both the application of waivers and modi­
fication of applicable credit volumes (Figure 88). 

Corn ethanol is projected to make the largest con­
tribution toward the RFS mandate, providing up 
to 15 billion credits. Cellulosic ethanol contributes 7.2 
billion credits to the advanced and cellulosic biofuel 
requirement in 2022, and BTL diesel contributes 
4.3 billion credits. BTL production continues to 
increase in the later years of the projection, to 6.8 
billion gallons in 2030. The remainder of the credits 
for advanced biofuels in 2022 include credits for 
approximately 3 billion gallons of ethanol imports, 
2 billion gallons of biodiesel, and 0.5 billion gallons 
of ethanol from wheat and other feedstocks. 
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Liquid Fuels Production and Demand 

EISA2007 Increases U.S. Supply 
of Renewable Transportation Fuels 

Figure 89. Fossil fuel and bio(uel content of 
U.S. motor fuel supply, 2006, 2016, and 2030 
(billion gallons) 
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As a result of the EISA2007 RFS, the biofuel compo­
nent of motor fuels in the transportation sector is 
projected to grow substantially, as the fossil fuel 
content of gasoline and diesel declines from 136 
billion gallons (96 percent) in 2006 to 125 billion 
gallons (83 percent) in 2030 (Figure 89). The biofuel 
content of all gasoline and E85 consumed in the 
United States, which totaled about 5.6 billion gallons 
in 2006, increases to 25.8 billion gallons in 2030. 
In addition, a smaller increase in biofuel content is 
projected for diesel fuel, from 0.3 billion gallons in 
2006 to 3.8 billion gallons in 2030. 

Adding to the decline in U.S. consumption of fossil­
fuel-based gasoline is a projected increase in diesel 
fuel use for passenger vehicles-a shift that is likely 
to require significant adjustments in the refining 
industry. Crude oil processing typically yields a 
sizable portion of product in the naphtha range, 
which frequently is used in motor gasoline. His­
torically, there has been a mutually beneficial rela­
tionship between U.S. and European refiners, with 
surplus diesel being shipped from the United States 
to Europe and surplus gasoline shipped from Europe 
to the United States. A significant increase in U.S. 
demand for diesel while the demand for gasoline is 
falling is likely to require significant investment by 
refiners in both the United States and Europe in 
order to maximize diesel yields. 

Imports of Liquid Fuels Are Expected 
To Decline 

Figure 90. Net import share of U.S. liquid fuels 
consumption, 1990-2030 (percent) 
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In 2006, net imports of liquid fuels, primarily petro­
leum, accounted for 60 percent of domestic consump­
tion. In the reference case, U.S. dependence on liquid 
fuel imports declines to 51 percent in 2022, before 
climbing to 54 percent in 2030 (Figure 90). In the high 

0 

. price case, net imports as a share of domestic con­
sumption of liquid fuels fall to 45 percent in 2030. In 
the low price case, dependence on petroleum imports o 
remains roughly constant, with an import share of 59 
percent in 2030. 

In the reference case, demand for reimed products 
continues to increase more rapidly than reiming 
capacity. Historically, the availability of product 
imports has been limited by a lack of foreign reimer­
ies capable of meeting the stringent U.S. standards 
for liquids products. One example is provided by the 
U.S. ban on use of methyl tertiary butyl ether as 
an oxygenate in RFG. Since the ban took effect in 
January 2007, U.S. refiners have switched to using 
ethanol as the oxygenate in RFG, and the New York 
Mercantile Exchange (NYMEX) market has stopped 
offering imports of RFG and switched to imports of 
reformulated blendstock for oxygenate blending. 

In recent years, however, liquids demand has grown 
rapidly in some countries of Eastern Europe and Asia, 
and those nations are moving to adopt the same fuel 
quality standards as the developed world. As a result, 
refineries throughout the world are becoming more 
sophisticated, and in the future more of them will be 
able to provide products suitable for the U.S. market, 
which they may do if it is profitable. 

0 
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Ethanol Prices Compete on a Btu 
Basis To Meet the EISA2007 RFS 

Figure 91. Motor gasoline, diesel fuel, and E85 
prices, 2006-2030 (2006 dollars per gallon) 
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In the AE02008 reference case, with the EISA2007 
renewable fuels mandate in effect, the U.S. market 
for E10 is saturated by 2014, after which the ethanol 
requirement is met by increased consumption ofE85. 
To encourage the use of E85, its price is discounted 
to make it competitive with motor gasoline on an 
energy-equivalent basis. The E85 price discounts are 
funded by premiums placed on the petroleum content 
of other motor fuels. As E85 consumption increases, 
the price drops from $2.35 per gallon in 2006 to a low 
of $1.57 (2006 dollars) in 2017 before rising to $1.86 
in 2030. In comparison, the price of motor gasoline is 
$2.63 per gallon in 2006 and $2.45 in 2030 (Figure 
91). 

In the low price case, E85 follows the same general 
price path, falling to $1.44 per gallon in 2030. In con­
trast, in the high price case, the price of E85 rises to 
$2.73 per gallon in 2030, although it is still discounted 
relative to motor gasoline, which increases to $3.52 
per gallon in 2030. In the AE02008 early release, 
which excluded the impact of EISA2007, the price of 
E85 remained closer to the price of motor gasoline 
throughout the projection period, increasing to $2.29 
per gallon in 2030, while the price of gasoline in­
creased to $2.49 in 2030. 

Liquid Fuel Prices 

U.S. Motor Gasoline Prices Rise and 
Fall With Changes in World Oil Price 

Figure 92. Average U.S. delivered prices 
for motor gasoline, 1990-2030 
(2006 dollars per gallon) 
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Retail prices for petroleum products largely follow 
changes in crude oil prices. In theAE02008 reference 
case, the world oil price path reaches a low of $57 per 
barrel in 2016 and then increases to about $70 in 2030 
(2006 dollars). The U.S. average motor gasoline price 
follows the same trend, falling to $2.19 per gallon in 
2016 before rising to $2.45 in 2030. 

In the high price case, with the price of imported 
crude oil rising to $119 per barrel (2006 dollars) 
in 2030, the average price of U.S. motor gasoline 
increases rapidly, to $3.06 per gallon in 2016 and 
$3.52 per gallon in 2030. In the low price case, gaso­
line prices decline to a low of $1.7 4 per gallon in 2016, 
increase slowly through the early 2020s, and level off 
at about $1.84 per gallon through 2030 (Figure 92). 

Because changes from the reference case assumptions 
for economic growth rates have less pronounced 
effects on motor gasoline prices than do changes in oil 
price assumptions, the average prices for U.S. motor 
gasoline in the high and low economic growth cases 
are close to those in the ref!!rence case. In the high 
growth case, the average gasoline price falls to a low 
of $2.24 per gallon in 2016 and then rises to $2.59 per 
gallon in 2030. In the low growth case, the average 
price reaches a low of $2.16 per gallon in 2017, 
followed by an increase to $2.32 per gallon in 2030. 

In all the AE02008 cases, increases in motor gasoline 
prices as a result of the EISA2007 biofuel mandates 
are more than offset by erosion of the real dollar value 
of the Federal excise taxes. By assumption, the 
Federal gasoline tax is fixed at its 2007 nominal level 
of 18.4 cents per gallon. 
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Coal Production 

Western Coal Production Continues 
To Increase Through 2030 

Figure 93. Coal production h, region, 1970-2030 
(quadrillion Btu) 
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In the AE02008 reference case, increasing coal use 
for electricity generation at existing plants and con­
struction of a few new coal-frred plants lead to annual 
production increases that average 0.3 percent per 
year from 2006 to 2015, when total production is 24.5 
quadrillion Btu. In the absence of restrictions on C02 
emissions, the growth in coal production is even 
stronger from 2015 to 2030, averaging 1.0 percent per 
year, as a substantial number of new coal-frred power 
plants and several CTL plants are brought on line. 

Western coal production, which has grown steadily 
since 1970, continues to increase through 2030 
(Figure 93). Much of the projected growth is in output 
from the Powder River Basin, where producers are 
well positioned to increase production from the vast 
remaining surface-minable reserves. 

Appalachian coal production declines slightly in the 
reference case. Although producers in Central Appa­
lachia are well situated to supply coal to new generat­
ing capacity in the Southeast, that portion of the 
Appalachian basin has been mined extensively, and 
production costs have been increasing more rapidly 
than in other regions. The eastern portion of the 
Interior coal basin (illinois, Indiana, and western 
Kentucky), with extensive reserves of mid- and high­
sulfur bituminous coals, benefits from the new coal­
frred generating capacity in the Southeast. 

Production of low-Btu lignite in the Interior and 
Western supply regions also increases substantially, 
primarily to meet the energy and feedstock require­
ments of new coal-fired power plants and CTL plants 
in Texas, Montana, and North Dakota. 

Long-Term Production Outlook 
Varies Considerably Across Cases 

Figure 94. U.S. coal production, 2006, 2016, 
and 2030 (quadrillion Btu) 
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In most oftheAE02008 cases, U.S. coal production is 
projected to increase from 2006 to 2030; however, 
different assumptions about economic growth (which 
mainly affect overall electricity demand) and about 
the costs of producing fossil fuels (which primarily 
determine the mix of supply sources for generation 
and petroleum products) lead to different results. The 
reference case projects a 20-percent increase from 
2006 to 2030, whereas the alternative cases show 
changes that range from a decrease of 5 percent to an 
increase of 36 percent (Figure 94). Because the level 
of uncertainty is lower in the near term, the projected 
changes in coal production from 2006 to 2015 show 
significantly less variation, ranging from virtually no 
change to an increase of 5 percent. 

Across the cases, regional coal production trends 
generally follow the national trend. As a result, the 
projected regional shares of total coal production in 
2030 (from the Appalachian, Interior, and Western 
supply regions) do not vary by much among the refer­
ence, high and low price, and high and low economic 
growth cases. In the high coal cost case, however, the 
combination of higher mining and transportation 
costs and slow growth in total U.S. coal demand leads 
to a sizable drop in projected output from Wyoming's 
Powder River Basin, which is by far the most impor­
tant coal-producing area in the West. As a result, the 
Western share of total U.S. coal production declines 
slightly in the high coal cost case, from 46 percent in 
2006 to 45 percent in 2030. In the other cases, the 
West's share of total coal production in 2030 ranges 
from a low of 54 percent to a high of 60 percent. 
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Minemouth Coal Prices in the Western 
and Interior Regions Rise Steadily 

Figure 95. Average minemouth price of coal 
by region, 1990-2030 (2006 dollars per million Btu) 

Strong growth in production in the Interior and West­
em supply regions, combined with limited improve­
ment in coal mining productivity, results in mine­
mouth price increases of 0. 7 and 0.9 percent per year, 
respectively, for the two regions from 2006 through 
2030. Average minemouth prices in Appalachia de­
cline by 0.4 percent per year over the same period, as 
a result of falling output levels and a shift to lower 
cost production in the northern part of the basin. 

The U.S. average minemouth price for coal drops 
slightly between 2006 and 2020, from $1.21 to $1.14 
per million Btu (2006 dollars), as mine capacity utili­
zation declines and production shifts away from the 
higher cost mines of Central Appalachia. After 2020, 
rising natural gas prices and requirements for addi­
tional generating capacity result in the construction 
of 65 gigawatts of new coal-fired generating capacity. 
The combination of new investment in mining capac­
ity to meet the demand growth, a continued low rate 
of productivity improvement, and rising utilization of 
mining capacity leads to an increase in the average 
minemouth price, to $1.19 per million Btu in 2030. 

From 1990 to 1999, the average minemouth price of 
coal declined by 4.5 percent per year (Figure 95). In­
creases in U.S. coal mining productivity of6.3 percent 
per year helped to reduce mining costs and contrib­
uted to the price decline. Since 1999, U.S. coal mining 
productivity has declined by 0.8 percent per year, and 
the average minemouth coal price has increased by 
3. 7 percent per year. In the AE02008 reference case, 
coal mining productivity rises at an average rate of 
0.6 percent per year from 2006 to 2030, more closely 
reflecting the trend of the past several years. 

Coal Prices 

Higher Mining and Transportation 
Costs Raise Delivered Coal Prices 

Figure 96. Average delivered coal prices, 1990-2030 
(2006 dollars per million Btu) 
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Alternative assumptions for coal mining and trans­
portation costs affect delivered coal prices and de­
mand. Two alternative coal cost cases developed for 
AE02008 examine the impacts on U.S. coal markets 
of alternative assumptions about mining productiv­
ity, labor costs, and mine equipment costs on the pro­
duction side, and about railroad productivity and rail 
equipment costs on the transportation side. 

In the high coal cost case, the average delivered coal 
price in 2006 dollars is $2.76 per million Btu in 
2030-52 percent higher than in the reference case 
(Figure 96). As a result, U.S. coal consumption is 4.8 
quadrillion Btu (16 percent) lower than in the refer­
ence case in 2030, reflecting both a switch from coal to 
natural gas, nuclear, and renewables in the electricity 
sector and reduced CTL production. In the low coal 
cost case, the average delivered price in 2030 is $1.29 
per million Btu-29 percent lower than in the refer­
ence case-and total coal consumption is 2.1 quadril­
lion Btu (7 percent) higher than in the reference case. 

Because the high and low economic growth cases and 
the high and low price cases use the reference case 
assumptions for coal mining and rail transportation 
productivity and equipment costs, they show smaller 
variations in average delivered coal prices than do the 
two coal cost cases. Different coal price projections in 
the high and low economic growth cases (with price 
paths very close to the reference case) and high and 
low price cases result mainly from higher and lower 
projected levels of demand for coal. In the price cases, 
higher and lower fuel costs for both coal producers 
and railroads contribute to the variations in projected 
coal prices. 
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Emissions From Energy Use 

Rising Energy Consumption 
Increases Carbon Dioxide Emissions 

Figure 97. Carbon dio:ride emiBilio118 by sector and 
fuel, 2006 and 2030 (million metric to118) 
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Without capture and sequestration, C02 emissions 
from the combustion of fossil fuels are proportional to 
the carbon content of the fuel. Coal has the highest 
carbon content and natural gas the lowest, with 
petroleum in between. In the AE02008 reference 
case, the shares of these fuels change slightly from 
2006 to 2030, with more coal and less oil and natural 
gas. The combined share of renewable and nuclear 
energy grow from 15 percent in 2006 to 20 percent in 
2030. As a result, C02 emissions increase by 16 per­
cent over the period, as compared with a 19-percent 
increase in total energy use (Figure 97). At the same 
time, the economy becomes less carbon intensive: 
the percentage increase in C02 emissions is one-fifth 
the increase in GDP, and emissions per capita decline 
by 5 percent over the 24-year period. 

The factors that influence growth in C02 emissions 
are the same as those that drive increases in fossil 
energy demand. Among the most significant are 
population and economic growth; increased penetra­
tion of computers, electronics, appliances, and office 
equipment; increases in commercial floorspace; 
increases in highway, rail, and air travel; and 
continued reliance on coal for electric power genera­
tion. The increases in demand for energy services are 
partially offset by efficiency improvements and shifts 
toward less energy-intensive industries. New C02 
mitigation programs, more rapid improvements in 
technology, or more rapid adoption of voluntary C02 
emissions reduction programs could result in lower 
C02 emissions levels than projected here. 

Emissions Projections Change With 
Economic Growth Assumptions 

Figure 98. Carbon dio:ride emiaaio118, 1990-2030 
(million metric tons) 
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Higher growth in population, labor force, and produc­
tivity is assumed in the high growth case than in the 
reference case, leading to higher industrial output, 
higher disposable income, lower inflation, and lower 
interest rates. The low growth case assumes the 
reverse. In the high and low growth cases, GDP varies 
by about 14 percent and population by about 8 per­
cent from the reference case projections for 2030. 

Alternative projections for industrial output, com­
mercial floorspace, housing, and transportation in the 
population and economic growth cases influence the 
demand for energy and result in variations in C02 
emissions (Figure 98). Emissions in 2030 are 9 per­
cent lower in the low growth case and 9 percent 
higher in the high growth case than in the reference 
case. The strength of the relationship between eco­
nomic growth and emissions varies by end-use sector. 
It is strongest for the industrial sector and, to a lesser 
extent, the transportation sector, where economic 
activity strongly influences energy use and emissions, 
and where fuel choices are limited. It is weaker in the 
commercial and residential sectors, where population 
and building characteristics have large influences and 
vary less across the three cases. 

Changes in electricity sales across the cases affect the 
amount of new, more efficient generating capacity 
required, reducing somewhat the sensitivity of energy 
use to GDP. However, the choice of coal for most new 
baseload capacity increases C02 intensity in the high 
growth case while decreasing it in the low growth 
case, offsetting the effects of changes in efficiency 
across the cases. 
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Clean Air Interstate Rule Reduces 
Sulfur Dioxide Emissions 

Figure 99. Sulfur diozide emissioM from 
electricity generation, 1996-2030 
(million short toM) 
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S02 emissions are expected to fall as CAIR takes 
effect [88]. States can achieve mandated emissions 
reductions in two ways: by requiring power plants 
to participate in the EPA's national cap and trade 
program or by requiring them to meet State-specific 
emissions milestones through more stringent mea­
sures chosen by the State. 

In the AE02008 reference case, national S02 emis­
sions from electricity generation fall from 9.4 million 
short tons in 2006 to 3. 7 million short tons in 2030 
(Figure 99). The reduction results from both the use 
of lower sulfur coal and the addition of flue gas 
desulfurization equipment on 125 gigawatts of exist­
ing capacity. S02 allowance prices rise steadily 
throughout the early years of the projection, to more 
than $1,000 per ton in 2020. After 2020, allowance 
prices slowly decline, settling below $500 in 2030. 

S02 emissions are not greatly affected by economic 
growth, as shown in the AE02008 high economic 
growth case. Because many new coal-frred power 
plants are equipped to remove S02 before beginning 
operation, the allowance prices are no higher than in 
the reference case. Fuel price assumptions have a 
greater effect on S02 allowance prices. With more 
CTL plants expected to be constructed in the high 
price case, potential emissions from coal combustion 
increase; however, CTL plants are expected to have 
S02 capture equipment that is more efficient than the 
equipment on advanced pulverized coal plants. Thus, 
in the later years of the projection, S02 allowance 
prices are slightly lower in the high price case than in 
the reference case. 

Emissions From Energy Use 

Nitrogen Oxide Emissions Also Fall 
As CAIR Takes Effect 

Figure 100. Nitrogen oxide emissions from 
electricity generation, 1996-2030 
(miUion short toM) 
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CAIR also mandates NOx emission reductions in 
28 States and the District of Columbia [89]. The 
required reductions are intended to reduce the 
formation of ground-level ozone, for which NOx emis­
sions are a major precursor. As with the CAIR­
mandated S02 reductions, each State can determine 
a preferred method for reducing NOx emissions. 
AE02008 assumes that all the States covered by 
CAIR will participate in interstate trading of 
allowances. 

In the AE02008 reference case, national NOx emis­
sions from the electric power sector fall from 3.4 mil­
lion short tons in 2006 to 2.2 million short tons in 
2030 (Figure 100). Because the CAIR caps are inflexi­
ble, different assumptions in the high and low eco­
nomic growth and high and low price cases have little 
affect on cumulative NOx emissions. The projections 
for cumulative NOx emissions over the projection 
period are lowest in the low economic growth case-
0.5 percent lower than in the reference case. 

After mandatory compliance begins, NOx allowance 
prices range between $2,500 and $3,400 per ton 
emitted in the reference case, tending to rise as the 
emission caps tighten. In 2030, selective catalytic 
reduction equipment is projected to have been added 
on an additional 98 gigawatts of coal-fired generating 
capacity in the reference case. In the high economic 
growth case, NOx allowances are more costly. The 
construction of more coal-frred power plants to meet a 
higher level of demand for electricity, and the result­
ing need for additional retrofits, pushes allowance 
prices to approximately $3,800 in 2025, after which 
the price stabilizes. 
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Comparison with Other Projections 

Only Global Insights, Inc. (Gil) produces a compre­
hensive energy projection with a time horizon similar 
to that of.AE02008. Other organizations, however, 
address one or more aspects of the U.S. energy 
market. The most recent projection from Gil, as well 
as others that concentrate on economic growth, inter­
national oil prices, energy consumption, electricity, 
natural gas, petroleum, and coal, are compared here 
with the AE02008 projections. 

Economic Growth 

Projections of the average annual GDP growth rate 
for the United States from 2006 through 2010 range 
from 2.4 percent to 2.8 percent (Table 7). GDP grows 
at an annual rate of2.4 percent in the AE02008 refer­
ence case over the period, significantly lower than the 
projections made by the Office of Management and 
Budget (OMB), the Congressional Budget Office 
(CBO), the Interindustry Forecasting Project at 
the University of Maryland (INFORUM), the Social 
Security Administration (SSA), and Energy Ventures 
Analysis, Inc. (EVA). The AE02008 projection is 
slightly lower than the projections by the Interna­
tional Energy Agency (lEA) and Gil. The consensus 
Blue Chip projection is for 2.5-percent average annual 
growth from 2006 to 2010. 

The range of GDP growth rates is wider for the period 
from 2010 to 2015, with projections ranging from 2.3 
to 2.9 percent per year. The average annual GDP 
growth of 2. 7 percent in the AE02008 reference case 
from 2010 to 2015 is around the middle of the range. 
The Blue Chip consensus projection is 2.9 percent, 
CBO projects 2.8 percent, and EVA projects 2. 7 per­
cent for the annual rate of GDP growth from 2010 to 
2015. The Gil, INFO RUM, SSA, and lEA projections 
all are below the AE02008 reference case projection. 

Table 7. Projections of annual average economic 
growth rates, 2006-2030 

Prqjection 

AE02007 (reference case) 
AE02008 (reference case) 
Gil 
OMB 
CBO 
Blue Chip 
INFO RUM 
SSA 
EVA 
lEA 

NA = not available. 

Average annual percentage 
growth ratu 

20(J6. 
2010 
2.9 
2.4 
2.5 
2.7 
2.6 
2.6 
2.6 
2.7 
2.8 
2.6 

201~ 201~ 202~ 
2016 2020 2080 
2.8 3.0 
2.7 2.4 
2.5 2.6 
NA NA 
2.8 NA 
2.9 NA 
2.5 2.3 
2.3 2.1 
2.7 2.4 
2.6 2.2 

2.8 
2.4 
2.4 
NA. 
NA 
NA 
2.3 
2.0 
2.1 
2.2 

There are few public or private projections of GDP 
growth rates for the United States that extend to 
2030. The AE02008 reference case reflects a GDP 
growth rate after 2015 that is consistent with the 
trend in expected labor force and productivity 
growth. 

World Oil Prices 

Comparisons of the AE02008 cases with other oil 
price projections are shown in Table 8. In the 
AE02008 reference case, world oil prices fall from 
current levels through 2016 and then gradually rise 
to about $70 in real terms (2006 dollars). Given cur­
rent prices, this pattern of falling and then rising oil 
prices is seen in all the long-term projections, with the 
exception of GIT's, which consistently declines. The 
world oil price measures are, by and large, compara­
ble across projections. EIA reports the price of 
imported low-sulfur, light crude oil, approximately 
the same as the West Texas Intermediate (WTI) 
prices that are widely cited as a proxy for world oil 
prices in the trade press. The only series that does 
not report projections in WTI terms is lEA's World 
Energy Outlook 2007, where prices are expressed as 
the lEA crude oil import price. 

Recent volatility in crude oil prices demonstrates the 
uncertainty inherent in the projections. Gil and 
Deutsche Bank AG (DB) defme the range of crude oil 
price projections for 2030, from a low of about $46 per 
barrel (GIT) to a high of $80 per barrel (DB). The 
AE02008 reference case projects a world oil price of 
about $70 per barrel in 2030. 

Total Energy Consumption 

The AE02008 reference case projects growth in 
end-use consumption of natural gas and coal, in 
contrast to the decline that occurred from 1980 to 
2006 (Table 9). Natural gas consumption increases in 
the residential, commercial, and industrial sectors, 
despite relatively high prices. Natural gas is cleaner 
than other fuels, does not require on-site storage, 
and has tended to be priced competitively with oil for 

Table 8. Prqjections of world oil prices, 2010-2030 
(2006 dollars per barrel) 

Prqjection 2010 2016 2020 2026 2080 
AE02007 (reference case) 59.21 51.37 53.61 58.07 60.91 
AE02008 (reference case) 74.03 59.85 59.70 64.49 70.46 
Gil 68.25 61.40 54.80 48.20 45.70 
lEA (reference) 59.03 57.30 58.87 60.43 62.00 
DB 66.65 60.00 66.00 72.00 80.00 
SEER 69.41 58.85 60.83 62.88 65.00 
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heating. Coal consumption as a boiler fuel in the com­
mercial and industrial sectors declines slightly, with 
potential use in new boilers limited by environmental 
restrictions; however, the projections for industrial 
coal consumption include its use in CTL plants, a 
technology that becomes competitive at the level of oil 
prices in the AE02008 reference case. 

The projected growth in consumption of liquids, 
including ethanol blends and biodiesel, from 2006 to 
2030 is about one-half the average from 1980 to 2006. 
Transportation is the only sector for which liquids 
consumption grows significantly, offsetting a moder­
ate decline in the industrial sector. Continued growth 
in fuel use for transportation is expected despite high 
prices and newly_!i~tened fuel econom standards. 
With economic growth, an increasing population, and 
rising per capita income, demand for personal and 
freight travel increases. Although the average fuel 
efficiency of vehicles and airplanes continues to 
improve, the changes under currently enac_ted laws 
and regulations are insufficient to offset the projected 
increase in transportation demand. 

Growth in electricity use continues in the AE02008 
reference case, but the pace slows to one-half the 
historical rate. Some rapidly growing applications, 
such as air conditioning and computers, slow as 
penetration approaches saturation levels. Electrical 
efficiency also continues to improve, due in large part 
to efficiency standards, and the impacts tend to accu­
mulate with the gradual turnover of appliance stocks. 

The AE02008 reference case includes higher growth 
in primary and delivered energy from 2006 to 2030 
than is shown in the outlook from Gll. Gil projects 
little growth in end-use natural gas consumption, 
whereas the AE02008 reference case projects contin­
ued growth in the industrial and buildings sectors 
(see Table 11). Gll's projected growth rates for liquids 
consumption are somewhat higher than those in the 
AE02008 reference case, which includes the impacts 
of EISA2007 on vehicle fuel economy (see Table 12). 
Differences between theAE02008 reference case and 
the Gil projections for end-use coal consumption re­
sult from a projected increase in coal use for CTL in 
the AE02008 reference case (see Table 13). 

Electricity 

Table 10 provides a summary of the results from 
the AE02008 cases and compares them with other 
projections. Electricity sales in 2015 range from a 
low of 4,059 billion kilowatthours in the AE02008 

Comparison with Other Projections 

reference case to a high ~f 4,319 billion kilowatthours 
in the EVA projection. EVA shows higher sales in the 
commercial and residential sectors and somewhat 
less growth in industrial sales than do the AE02008 
reference case and Gll. The projections for total elec­
tricity sales in 2030 are about the same (4, 705 billion 
kilowatthours) in the AE02008 reference case and 
Gil, which are the only projections available that 
include 2030. The annual rate of demand growth in 
both projections is about 1.1 percent per year from 
2006 to 2030. In 2030, Gll includes lower growth in 
-the commercial sector and higher growth in the resi­
dential and industrial sectors compared with the 
AE02008 reference case. 

The AE02008 reference case shows a decline in real __ __ _ 
electricity prices early in the projection period and 
then rising prices at the end of the period because of 
increases in the cost of fuels used for generation and 
increases in capital expenditures for construction of 
new capacity. The higher fossil fuel prices and capital 
expenditures in the AE02008 reference case result in 
an increase in the average electricity price, from 8.5 
cents per kilowatthour in 2015 to 8.8 cents per 
kilowatthour in 2030. Gll shows slightly declining 
prices over the projection period. 

Total generation and imports of electricity in 2015 
are similar in the AE02008 reference case, EVA, and 
Gil. In contrast, the lEA projection for electricity 
generation in its World Energy Outlook 2007 is higher 
than the other projections. Generation in the lEA 
projection for the United States (which exclude im­
ports of electricity) are higher than in any of the 
AE02008 cases. Consistent with higher total elec­
tricity generation, the lEA projection includes higher 

Table 9. Projections of average annual growth rates 
for energy consumption, 2006-2080 (percent) 

Prqjectiom 
Irutory 

EnerflYuse 198().2006 AE02008 Gn 

Delivered energy• 

Petroleum liquids•• 0.9 0.4 0.6 

Natural ga& -0.1 0.6 0.3 

Coal -1.7 0.6 -0.1 

Electricity 2.2 1.1 1.0 

Total 0.7 0.7 0.6 

Electricity losses 1.8 0.8 0.4 

Primary eTUJrgy 0.9 0.7 0.6 

• &:eludes consumption by electricity generators in the electric 
power sector; includes consumption for end-use combiTUJd heat and 
power geTUJration. 

••Includes ethanol and biodiesel used a& transportation fuels. 
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Table 10. Comparison of electricity projections, 2016 and 2030 (billion kilowatthours, ucept where noted) 
0 

I I 
AE02008 

I 
Other prqjectioJJB 

Prqjection 2006 reference I I co.e GH EVA .lEA 

2016 

Avemge end-IUie price 
(2006 cents per kilowatthour) 8.9 8.6 8.8 NA NA 

Residential 10.4 10.2 10.2 10.98 NA 
Commercial 9.6 8.7 9.3 9.82 NA 

l ndi.Ultrial 6.1 5.9 6.0 6.37 NA 
Total generation plus imports 4,069 4,496 4,681 4,647 4,969 

Coal 1,988 2,182 2,171 2,219 2,552 

Oil 63 57 64 66 133 
Natural gas" 811 909 920 936 858 
Nuclear 787 807 827 825 849 
HydroelectrU:/otlu!r 6 403 529 533 486 667 
Net imports 18 11 17 15 NA 

Electricity soles 3,669 4,069 4,116 4,319 NA 

Residential 1,351 1,472 1,553 1,625 NA 
Commercial/other• 1.306 1,629 1,489 1,683 NA 

1ndi.Ultrial 1,002 1,058 1,074 1,011 NA 
Capability, including CHP (gigawatts) d 988 1,016 1,019 1,060 NA 

Coal 314 329 326 341 NA 

Oil and natural gas 444 437 430 482 NA 

Nuclear 100 104 104 NA 

Hydroelectric/otlu!r 125 160 123 NA 

2080 0 Average end-IUie price 
(2006 cents per kilowatthour) 8.9 8.8 8.7 NA NA 

Residential 10.4 10.5 10.1 NA NA 
Commercial 9.5 8.9 9.2 NA NA 

l ndi.Ultrial 6.1 6.0 5.8 NA NA 
Total generation plus imports 4,069 6,268 6,180 NA 6,947 

Coal 1,988 2,836 2,557 NA 3,148 
Oil 63 66 55 NA 102 

Natural gas " 811 745 905 NA 896 
Nuclear 787 917 888 NA 933 
Hydroelectric/other 6 403 670 761 NA 869 
Net imports 18 23 14 NA NA 

BZectricity soles 3,669 4,706 4,706 NA NA 
Residential 1,351 1,722 1,793 NA NA 
Commercial/other• 1,306 1,960 1,724 NA NA 
1ndi.Ultrial 1,002 1,033 1,189 NA NA 

CapabUity, including CBP (gigawatts) d 983 1,204 1,086 NA NA 
Coal 314 414 378 NA NA 
Oil and natural gas 444 504 375 NA NA 
Nuclear 100 115 115 NA NA 
Hydroelectric/other 126 172 218 NA NA 

•Includes supplemental gaseous fuels. For EVA, represents total oil and natural gas. b"Other" includes conventional hydroelectric, 
pumped storage, geothermal, wood, wood waste, municipal waste, other biomass, solar and wind power, batteries, chemicals, hydrogen, 
pitch, purchased steam, sulfur, petroleum coke, and miscellaneous technologies. ""Other" includes sales of electricity to government, 
railways, and street lighting authorities. dEIA capacity is net summer capability, including CHP plants. Gll capacity is nameplate, 
excluding cogeneration plants. 

CHP = combined heat and power. NA = not available. 
Sources: 2006 and AB02008: AE02008 National Energy Modeling System, run AE02008.D030208F. Gll: Global Insight, Inc., Global 

Petroleum Outlook, FaU 2007 (Lexington, MA, November 2007). EVA: Energy Ventures Analysis, Inc., FUELCAST: Long-Term Outlook 
(August 2007). lEA: International Energy Agency, World Energy Outlook 2007 (Paris, France, November 2007). 0 
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levels of generation from fossil and renewable tech­
nologies in 2030 than do the AE02008 cases. The 
requirements for generating capacity are driven by 
growth in electricity sales and the need to replace 
existing units that are uneconomical or are being 
retired for other reasons. Consistent with its projec­
tions of electricity sales, EVA shows higher growth in 
fossil-based generating capacity through 2015 com­
pared with the AE02008 reference case and Gil; 
however, EVA projects considerably less renewable 
capacity in 2015 than do AE02008 and Gil. 

Renewable generating capacity in 2030 is higher in 
the Gil projection than in the AE02008 reference 
case. Nuclear capacity in 2030 is 115 gigawatts in 
both AE02008 and GII1 as a result of the incentives 
included in EPACT2005. The AE02008 reference 
case includes 2. 7 gigawatts of uprates for nuclear 
capacity and 4.5 gigawatts of nuclear plant retire­
ments by 2030 as their operating licenses expire. 
Environmental regulations are important determi­
nants in the selection of the technologies used for 
electrici~·generation. In addition to existing environ­
mental program requirements for electric utilities, 
EVA assumes that new, stricter national emissions 
limits will be adopted for emissions of S02 and NOx 
by 2015. EVA also includes an escalating penalty on 
C02 emissions, starting at $6 per ton in 2013. 

j~~ 

The AE02008 cases include the impact of the EPA's 
CAIR regulation [90]. Because AE02008 includes 
only current laws and regulations, however, it does 
not assume any tax on C02 emissions. Restrictions on 
C02 emissions could change the mix of technologies 
used to generate electricity. 

Natural Gas 
In the AE02008 reference case, total natural gas con­
sumption increases through 2016 and then declines 
through 2030 as higher natural gas prices cause 
natural gas to lose market share to coal for electricity 
generation. With the exception of the Altos and 
Strategic Energy and Economic Research, Inc. 
(SEER) projections, all the other projections show 
total natural gas consumption increasing throughout 
the projection period (Table 11). Altos shows a slight 
decline in natural gas consumption after 2025, and 
SEER shows almost the same level of natural gas 
consumption in 2025 and 2030. 

The AE02008 reference case projects the lowest level 
of natural gas consumption in 2030, followed by 
Gll (about 1.0 trillion cubic feet more than in the 

Comparison with Other Projections 

AE02008 reference case). The Altos projection in­
cludes the highest growth rate for natural gas 
consumption, reaching 31.4 trillion cubic feet in 
2030 (8. 7 trillion cubic feet more than in the 
AE02008 reference case). The DB and SEER projec­
tions show natural gas consumption in 2030 exceed­
ing the AE02008 reference case projection by 1.8 and 
2.6 trillion cubic feet, respectively. Although GII 
projects lower natural gas consumption in 2030 in the 
residential and commercial sectors than is projected 
in the AE02008 reference case, natural gas con­
sumption for electricity generation in the GII projec­
tion is much greater, resulting in higher aggregate 
natural gas demand than in the AE02008 reference 
case, highlighting a fundamental difference between 
the AE0-2008 reference ease 1md Gll-prejeetions;----- ­
This difference can also be seen in a comparison of 
the AE02008 reference case with the Altos and 
SEER projections. 

Natural gas consumption in the electricity generation 
sector grows from 2006 to 2015 in all the projections. 
(DB does not include projections by sector.) Growth in 
natural gas consumption in the electricity generation 
sector is projected to continue through 2025 in the 
EVA and Altos projections. The AE02008 reference 
case shows the lowest level of natural gas consump­
tion for electric power in 2025, at 5.3 trillion cubic 
feet, followed by GII at 6.9 trillion cubic feet. 

All the projections show a decline in natural gas con­
sumption in the electric power sector between 2025 
and 2030, with the largest decline in the Altos projec­
tion (0.8 trillion cubic feet). Despite the large decline 
in natural gas consumption in the power sector in the 
Altos projection, it remains the most optimistic, with 
2030 consumption projected to be 13.6 trillion cubic 
feet-almost three times higher than that in the 
AE02008 reference case. The SEER and GII projec­
tions for natural gas consumption in the electric 
power sector in 2030 are higher than the AE02008 
reference case projection by 2.0 trillion cubic feet and 
1.8 trillion cubic feet, respectively. 

Each of the projection&-with the exception of GII, 
which expects a slight decline between 2015 and 
2030-shows steady growth in natural gas consump­
tion in the combined residential and commercial 
sectors. Altos projects the highest level of natural gas 
consumption in the residential and commercial sec­
tors in 2030 (9.3 trillion cubic feet), followed by SEER 
(9.0 trillion cubic feet) and the AE02008 reference 
case (8.8 trillion cubic feet) . Each of the projections 
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shows an increase in natural gas consumption in the 
industrial sector between 2006 and 2015. That 
growth is projected to continue through 2025 in each 
of the projections except for the AE02008 reference 
case. The AE02008 projection shows a decline in 
industrial sector natural gas consumption between 
2025 and 2030, whereas the other projections show 
increases. 

Domestic natural gas production increases through 
2015 in each of the projections, with Altos showing 

the highest production level in 2015, at 21.9 trillion 
cubic feet. The AE02008 reference case and Gil 
show domestic natural gas production continuing 
to increase through 2025, whereas DB, SEER, 
and Altos show production declines over the same 
period. For example, DB shows domestic natural gas 
production declining by 3.0 trillion cubic feet 
from 2015 to 2025. All the projections show a 
decline in production from 2025 to 2030, with DB 
projecting the lowest level of production in 2030 
(3.0 trillion cubic feet lower than in the AE02008 

Tabkl=-r~i~2Dl: .... ·-:::r::=r~·-~J 
Dry /lfU production • 
Net imports 

Pipeline 

LNG 

Conaumption 
Residential 

Co11UT1el"ci4l 
Industrial" 

18.61 

3.46 

2.94 

0.62 

21.66 

4.37 

2.83 

6.49 

19.62 

4.08 

1.91 

2.12 

23.66 

6.01 

3.20 
7.00 

1.90 

2.66 

23.36 

4.98 

3.03 

6.65 

Electricity generators d 6.24 , 6.56 6.97 

OtMr' 1.73 1.88 1.73 

LoUJer 48 wellhead price (2006 dollGra per llwuaand cubic feet) f 

6.42 6.36 6.64 

End-uae pricea (2006 dollant per tlwuaand eubie feel) 

Residential 13.80 11.64 

Co11UT1el"ci4l 11.85 9.97 
Incluatrial B 

Electricity generators 

Dry gas production ° 
NetimporiB 

Pipeline 

LNG 

Conaumption 
Residential 

Commercial 
Industrial b 

Eleetrieity generators d 

7.89 

7.07 

18.61 

3.46 

2.94 

0.62 

21.66 

4.37 

2.83 

6.49 

6.24 

6.33 

6.10 

19.60 

3.28 
0.68 

2.60 

22.99 

6.19 

3.53 

6.96 

6.30 

11.98 

10.69 

8.38 

7.15 

18.73 

4.64 

1.28 
3.36 

23.62 

4.98 

2.98 

6.96 

6.90 

Other• 1.73 2.02 1.71 

LoUJer 48 wellhead price (2006 dollant per lhouaand eubie feel) f 

6.42 6.86 6.68 
End-uae priees (2006 dollant per tlwuaand eubie feel) 

Residential 13.80 12.29 

Co11UT1el"ci4l 11.85 10.78 

Industrial B 

Electricity generators 

7.89 

7.07 

6.76 

6.44 

NA = not available. See notes and sources at end of table. 

11.89 

10.63 
8.42 

7.20 

2016 

NA 19.66 

7.81 

3.05 

4.75 

26.66 

5.06 

3.23 
7.09 

8.24 

1.94. 

6.49 

NA 
NA 
NA 
NA 

NA 

9.49 

2.44 

7.05 

28.21 

6.09 

3.51 

7.99 

9.46 

2.17 

2025 

6.40 

NA 
NA 
NA 
NA 

NA 

NA 
3.04 

23.74 

NA 
NA 
NA 
NA 
NA 

7.76 

NA 
NA 
NA 
NA 

16.68 

NA 
NA 
8.77 

24.26 

NA 
NA 
NA 
NA 
NA 

7.75 

NA 
NA 
NA 
NA 
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4.71 

1.68 

3.03 

26.79 

5.08 

3.12 

6.66 

9.03 

1.89 

6.89 

11.46 

9.97 

6.97 

7.61 

19.43 

6.48 
0.44 

5.04 

26.27 

5.31 

3.40 
7.08 

7.49 

2 .00 

6.40 

11.13 
9.40 

6.47 

7.03 

21.90 

6.76 

2.03 

4.72 

26.98 

5.06 

3.44 
7,64 . 

10.95 

NA 

6.07 

NA 
NA 
NA 
NA 

19.60 

13.86 

2.76 

11.10 

81.70 

5.15 

3.87 
8.29 . 

14.39 

NA 

7.00 

NA 
NA 
NA 
NA 

0 

0 
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reference case). The AE02008 reference case shows 
domestic natural gas production of 19.4 trillion cubic 
feet in 2030-the highest of all the projections. 

Net imports of natural gas are projected to increase 
between 2006 and 2015 in each of the projections. 
EVA projects the highest level of net imports at 
7.8 trillion cubic feet, followed by Altos at 6.8 trillion 
cubic feet. The AE02008 reference case shows a drop 
in net imports between 2015 and 2030. Each of the 
other projections shows net imports increasing 
steadily from 2006 to 2030 (Altos expects an increase 
of 12.1 trillion cubic feet over the period). In addition, 
all the projections show the increases in net imports 
coming primarily from LNG. Altos projects LNG net 
import levels in 2030 that are more than four times 
higher than in the AE02008 reference lise, at 
12.6 trillion cubic feet. The projections have LNG 
imports accounting for between 13 and 40 percent 
of consumption in 2030. 

Comparison with Other Projections 

Given that the average wellhead price for natural gas 
in 2006 was $6.42 per thousand cubic feet, each of the 
projections shows a decline in natural gas prices 
between 2006 and 2015, except Gil, DB, and SEER. 
TheAE02008 reference case projects the lowest aver­
age wellhead prices in 2015, at $5.36 per thousand 
cubic feet. EVA's natural gas price projection for 2025 
is lower than that in the AE02008 reference case, by 
about $0.46 per thousand cubic feet. DB consistently 
projects relatively high average wellhead prices be­
tween 2006 and 2030. Among the other projections, 
only Gil and SEER project an average natural gas 
wellhead price below that in the AE02008 reference 
case in 2030. In the Gil and SEER projections, 
natural gas wellhead prices in 2030 are below the 
AE02008 reference case~~---· 
$0.13 per thousand cubic feet, respectively, and well-
head prices in the DB and Altos projections exceed the 
AE02008 reference case projection by $1.12 and 
$0.82 per thousand cubic feet, respectively. 

Table ll.~Comparison of natural gas projections, 2016, 2026, and 2030 (continued) 
(trillion cubic feet, ezcepl where noted) 

~ 1 - 1 ~ GH 

.. 
Dry ga p foduetion a 18.61 19.48 18.68 

Net import. 8.46 8.18 4.86 

Pipeline 2.94 0.33 0. 76 

LNG 0.52 2.84 4.10 

Consumption 21.66 22.72 23.69 
Residential 4.37 5.17 4.94 

Commercial 2.83 3.67 2.97 

Industrial " 6.49 6.87 7.18 

Electricity generators d 6.24 4.99 6.83 

Other • 1.73 2.02 1.76 

Lower 48 wellhead price (2006 dollars per lhoJUGnd cubic feet) f 

6.42 6.63 6.48 
Bnd-uae pricea (2006 dollars per thouaand cubic feet) 

Residential 13.80 13.30 11.67 

Commercial 11.85 11.78 10.42 

Industrial g 7.89 7.50 8.26 

Electricity generators 7.07 7.13 7.05 

NA = not available. 

EVA 

NA 
NA 
NA 
NA 
NA 
NA 
NA 
NA 
NA 
NA 

NA 

NA 
NA 
NA 
NA 

Other prqjections 

I DB I 
2080 

16.44 

NA 
NA 
9.84 

24.63 
NA 
NA 
NA 
NA 
NA 

1.16 

NA 
NA 
NA 
NA 

SEER 

18.63 

6.38 

0.20 

6.13 

26.29 

5.44 

3.57 

7.29 

6.98 

2.01 

6.60 

11.80 
9.44 

6.63 

6.28 

AliOI 

18.90 
16.61 

2.96 

12.62 

31.42 
5.17 

4.12 

8.5o • 

13.63 

NA 

1.46 

NA 
NA 
NA 
NA 

"Does not include supplemental fuels. blncludes consumption for industrial CHP plants, a small number of electricity-only plants, and 
GTL plants for heat and power production; excludes consumption hy nonutility generators. "'ncludes lease and plant fuel. dlncludes 
consumption of energy by electricity-only and CHP plants whose primary businees is to sell electricity, or electricity and heat, to the public. 
Includes electric utilities, small power producers, and exempt wholesale generators. "Includes lease, plant, and pipeline fuel and fu~l 
consumed in natural gas vehicles. r2006 wellhead natural gas prices for Gil, DB, and SEER are $6.41, $6.42, and $6.24 per thousand cub1c 
feet, respectively. &The 2006 industrial natural gas price for Gil is $8.89 per thousand cubic feet. 

Sources: 2006 and AE02008: AE02008 National Energy Modeling System, run AE02008.D030208F. GD: Global Insight, Inc., 2007 
U.S. Energy Outlook (October 2007). EVA: Energy Ventures Analysis, Inc., FUELCAST: Long-Term Outlook (August 2007). DB: Deutsche 
Bank AG, e-mail from Adam Sieminski on November 18, 2007. SEER: Strategic Energy and Economic Research, Inc., Natural Gas 
Scenarios (March 2008). Altos: Altos World Gas Trade (September 2007). 
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The price margins for delivered natural gas can vary 
significantly from year to year. In 2006, margins in 
the residential, commercial, industrial, and transpor­
tation sectors were notably higher than the historical 
average, and margins in the electricity generation 
sector were somewhat lower than the historical aver­
age. Starting from a level more representative of the 
historical average, margins in the electricity genera­
tion and industrial sectors generally decline in the 
AE02008 reference case. In contrast, margins in the 
residential and commercial sectors increase, because 
the fixed costs are spread over lower per-customer 
volumes as consumption is reduced by efficiency 
improvements. 

End-use prices in the Gil and SEER projections imply 
declining margins in all sectors, with the exception of 
the residential and electricity generation sectors in 
the SEER projection, which increase from 2025 to 
2030. As a result, the GII and SEER margins in the 
residential and commercial sectors are lower than 
those in the AE02008 reference case projection by be­
tween $1.20 and $2.20 per thousand cubic feet in 
2030. The industrial margin in the Gil projection re­
mains appreciably higher throughout the projection 
period, whereas the industrial margin in the SEER 
projection is between $0.83 and $0.90 per thousand 
cubic feet lower than the margins in the AE02008 
reference case projection from 2015 to 2030. In fact, 
the SEER industrial margins appear to be only a few 
pennies in all years. 

Petroleum 

In the DB projection, real crude oil prices increase 
from $57 per barrel in 2010 to $80 per barrel in 2030. 
In the AE02008 reference case, real prices decline 
from current levels to a low of $57 per barrel in 2016 
before recovering to $70 per barrel in 2030 (Table 8). 

Despite the higher crude oil prices in 2030, the import 
share of product supplied is much higher in the DB 
projection than in the AE02008 reference case (74 
percent and 54 percent, respectively). Although this 
may seem counterintuitive given the relative price 
projections, it makes sense in terms of the projections 
for domestic crude oil production. In the DB projec­
tion, U.S. crude oil production declines sharply after 
2015, to 4.8 million barrels per day in 2030 (as com­
pared with 7.2 million barrels per day in 2030 in the 
AE02008 reference case) (Table 12). In fact, U.S. 
crude oil production is lower in all the other projec­
tions than in the AE02008 reference case. 

It is clear that expectations about U.S. crude oil pro­
duction potential are among the main factors ac­
counting for the differences between the AE02008 
reference case and the other projections. In addition, 
unlike the DB analysis, the AE02008 reference case 
incorporates the effects of the new RFS mandate un­
der EISA2007, which was signed into law in Decem­
ber 2007. With the new RFS mandate, biofuel 
consumption is projected to increase significantly 
through 2022, with more than 23 billion gallons of 
ethanol and almost 4 billion gallons of biomass-based 
diesel consumed in 2030, which would displace a sig­
nificant amount of fossil fuel use in the transporta­
tion sector and, thereby, further reduce imports. 

Gil's long-term projections for the crude oil price in 
2025 ($48 per barrel) and 2030 ($46 per barrel) are 
much lower than those in the AE02008 reference 
case (see Table 8). The Gil projection for import share 
of product supplied is therefore higher than , the 
AE02008 reference case projection. 

In contrast with crude oil production, projections for 
NGL production are similar (remaining relatively 
constant) in the EVA, Gil, and AE02008 reference 
case projections through 2030. The exception is DB, 
which projects a 26-percent decrease in domestic 
NGL production from 2015 to 2030. 

Based on expectations of continued economic growth, 
all the petroleum projections show continued growth 
in product demand; however, growth in demand for 
individual petroleum products varies considerably. In 
particular, motor gasoline demand, which in the DB 
projections increases to 11.2 million barrels per day in 
2030, is much lower in the GII and AE02008 refer­
ence case projections. Motor gasoline demand de­
clines over time in the GII and AE02008 reference 
case projections (although it increases slightly from 
2025 to 2030 in theAE02008 reference case). The GII 
projection includes a substantial increase in ethanol 
use (not shown in the Table 12) stemming from new, 
unspecified motor fuel policies, with ethanol making 
up more than 30 percent of total U.S. motor gasoline 
sales in 2030. A 30-percent share is in excess of even 
the new RFS mandate incorporated in AE02008. 

Looking at other petroleum products, the GII projec­
tions for jet fuel and distillate demand are higher 
than those in the DB and AE02008 reference case 
projections. The most likely explanation is that, al­
though long-term GDP growth rates are similar in 
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Table 12. Comparison of petroleum projections, 2016, 2026, and 2030 
(million barrels per day, ezcept where noted) 

I I 
AE02008 Other projeetio~n 

Prqjection 2006 referuu:e 
I CGN GD EVA DB lEA. 

2016 

Crude oil and NGL production 6.84 1.86 6.31 1.40 6.41 6.10 
Crude oil 5.10 6.16 4.63 6.60 4.92 NA 
Natural gas liquids 1.74 1.70 1.75 1.80 1.56 NA 

Total net imporlll 12.46 11.36 13.79 NA 14.00 NA 
Crack oil 10.09 9.89 12.02 NA NA NA 
Petroleum produr:ts 2.36 1.47 1.77 NA NA NA 

Petroleum demand 20.65 21.68 22.36 NA 22.01 22.46 
Motor gasoline 9..25 9.73 9.83 NA 9.84 NA 
Jet fuel 1.63 1.86 1.92 NA 1.71 NA 
Distillate fuel 4.17 4.68 4.79 NA 4.63 NA 
Residual 0.69 0.69 0.68 NA 0.71 NA 
Other 4.91 4.73 5.14 NA 5.18 NA 

Import slaare of product supplied 
(percent) 60 62 62 NA 63 NA 

2026 

Crude oil and NGL produetion 6.84 1.65 6.41 6.80 6.28 NA 
Crude oil 5.10 6.04 3.71 4.10 4.01 NA 
Natural las liquids 1.74 1.61 1.75 1.70 1.27 NA 

Total net ) mporlll 12.46 11.38 16.13 NA 11.26 NA 

0 Crack oil 10.09 10.11 13.70 NA NA NA 
Petroleum products 2.36 1.27 1.43 NA NA NA 

Petroleum demand 20.66 22.26 23.64 NA 24.26 NA 
Motor gasoline 9.26 8.84 9.08 NA 10.77 NA 

Jet fuel '· 1.63 2.16 2.36 NA 1.90 NA 
Distillate fuel 4.17 5.19 5.98 NA 5.16 NA 

Residual fuel 0.69 0.69 0.65 NA 0.75 NA 
Other 4.91 5.37 5.47 NA 5.67 NA 

Import share of product supplied 
(percent) 60 61 64 NA 11 NA 

2030 

Crude oil and NGL Droduction 6.84 1.16 6.06 NA 4.78 6.30 

Crude oil 5.10 5.59 3.30 NA 3.63 NA 
Natural gas liquids 1.74 1.57 1.76 NA 1.16 NA 

Total net imporlll 12.46 12.29 16.63 NA 1&76 NA 
Crude oil 10.09 11.03 14.61 NA NA NA 
Petroleum produr:ts 2.36 1.26 1.12 NA NA NA 

Petroleum demand 20.65 22.80 24.04 NA 26.30 23.81 

Motor gasoline 9..25 8.91 8.47 NA 11.20 NA 
Jet fuel 1.63 2.31 2.61 NA 2.00 NA 
Distillate fuel 4.17 5.63 6.69 NA 5.43 NA 
Residual fuel 0.69 0.70 0.63 NA 0.77 NA 
Other 4.91 5.35 3.35 NA 6.90 NA 

Import share of product supplied 
(percent) 60 64 65 NA 14 NA 

NA = Not available. 
Sources: 2006 and AE02008: AE02008 National Energy Modeling System, run AE02008.D030208F. Gil: Global Insight, Inc., 2007 

U.S. Energy Outlook (October 2007). EVA: Energy Ventures Analysis, Inc., FUELCAST: Long-Term Outlook (August 2007). DB: Deutsche 

0 Bank AG, e-mail from Adam Sieminski on November 18, 2007. lEA: International Energy Agency, World Energy Outlook 2007 (Paris, 
France, November 2007). 
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the Gil and AE02008 projections, the long-term cost 
of crude oil, as noted above, is much lower in the Gil 
projection, leading to cheaper refmed products and 
therefore higher demand. Finally, among the outside 
projections, lEA projects the lowest level of U.S. pe­
troleum demand in 2030-probably as a result of 
lEA's assumption of slower U.S. economic growth. 
Further, although lEA's projection for U.S. petro­
leum demand in 2030 (23.9 million barrels per day) 
is higher than in the AE02008 reference case (22.8 
million barrels per day), it would in fact be about 
1 million barrels per day lower if AE02008-had not 
included the EISA2007 RFS mandate. 

Coal 
Coal production, trade, and price projections vary 
considerably across the three projections shown in 
Table 13. The coal projection in the AE02008 refer­
ence case reflects existing environmental laws that 
regulate S02, NOx, and mercury emissions. The 
AE02008 reference case projections for coal con­
sumption, production, and imports are generally 
higher than the projections from other sources. 

All the projections show increases in total coal 
consumption over their projection periods. In the 
AE02008 reference case, total coal consumption 

Table 13. Comparison of coal projectioJJB, 2016, 2026, and 2030 (million short toJJB, ezcept rDhere noted) 

Production 
Consumption by sector 
Electric power 
Coke plants 
Coal-to-liquids • 
Other industrial/buildings 

Total 
Net coal f!%POrP 

Ezports 
Imports 

Minemouth price 
(2006 dollars per short ton) 
(.2006 dollars per miUion Btu) 

Averuge deUvered price 
to electricity generuton 
(2006 dollars per short ton) 
(.2006 dollars per miUion Btu) 

Production 
Consumption by sector 
Electric power 
Cokeplonts 
Coal-to-liquids 
Other industritJllbuildings 

Total 
Net coal f!%POFU 

E:cports 
Imports 

Minemouth price 
(2006 dollars per short ton) 
(2006 dollars per million Btu) 

Average deUIH!red price 
to electricity generutors 

(2006 dollars per short ton) 
(2006 doUars per million Btu) 

1,163 

1,026 
23 

0 
66 

1,114 
16.3 
49.6 
34.3 

24.63 
1.21 

33.86 
1.69 

1,163 

1,026 
23 

0 
65 

1,114 
16.3 
49.6 

34.3 

24.63 
1.21 

33.86 
1.69 

1,216 

1,126 
.21 
16 
64 

1,226 
3.3 

46.3 
42.0 

23.38 
1.17 

34.24 
1.74 

1,363 

1,303 
20 
46 
62 

1,431 
-61.3 
36.5 
92.8 

22.76 
1.16 

34.09 
1.74 

1.135 

1,056 
23 

NA 
66 

1,143 
-8.0 
31.8 
39.7 

19.68 
0.94° 

31.92 
1.52 ° 

.2026 

1,140 

1,058 
22 

NA 
66 

1,146 
-6.9 
31.1 
36.9 

18.76 
0.89° 

30.61 
1.46° 

Btu= British thermal unit. NA =Not available. See notes and sources at end of table. 
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1,226 

1,121 
23 

NA 
71 

1,216 
13.2 
46.9 
32.7 

26.14 
1.23 

NA 
NA 

1,311 

1,224 
21 

NA 
67 

1,311 
-1.9 

43.3 
46.2 

26.49 
1.31 

NA 
NA 

0 

0 

0 



0 

0 
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grows by an average of 1.1 percent annually from 
2006 to 2015, to 1,225 million tons in 2015. Although 
the reference case projection is 82 million tons higher 
than the corresponding projection from Gil, it is 
similar to the EVA projection for total coal consump­
tion in 2015. For 2025, both EVA and Gil project 
lower levels of total coal consumption than the 
AE02008 reference case (8 percent and 20 percent 
lower, respectively). For 2030, Gil projects total coal 
consumption of 1,175 million tons, 370 million tons 
less than in the AE02008 reference case. 

Coal use in the electricity sector accounts for a large 
percentage of total coal consumption in all years 
across all the projections. Relative to the AE02008 

Comparison with Other Projections 

CTL plants increasing to 64 million tons ( 4 percent of 
total coal consumption) in 2030. Projections for CTL 
production from the other organizations are not 
available for comparison [91] . 

The AE02008 reference case, Gil, and EVA projec­
tions show relatively constant coal consumption lev­
els both at coke plants and in the other industria]J 
buildings sector. The EVA projections do not extend 
to 2030. Gil shows 21 million tons of coal consump­
tion at coke plants and 66 million tons in the other 
industrial/buildings sector in 2030, both somewhat 
higher than in theAE02008 reference case (18 and 62 
million tons, respectively). 

referenc~ c~e,_ b~t~ EV~- ~d Gil pro~ect slower _ _ In_the__AE02008__reference case, rninernonth coal 
growth m coal -c-onsumption lor--ute etecmc-power . all fl t th · t" · d . . . . . pnces are gener y a over e proJec IOn peno . 
sector over the entrre proJection penod. EVA proJects EVA "ect · t $26 49 · 2025 th 
t tal al t . · th 1 ct · "ty ct f proJ s an mcrease o . m , e o co consump IOn m e e e nci se or o . . . 
1224 illi. t · 2025 79 illi" t 1 th · highestamongtheproJectiOnscompared, whereas the 

, m on onsin , m on ons ess anm AEO 008 fi · · fi 2 25 · $22 5 
th AE02008 fi Th Gil . ti fi 2 re erence case proJectiOn or 0 ts . 7 

e re erence case. e proJec on or In Gil' · · h · h a1 · 
al t . · th 1 tri ct . per ton. s proJection, t e mmemout co price co consump Ion m e e ec c power se or IS . . 

1 088 milli. t · 2030 313 milli" t 1 falls to $18.42 per ton m 2030. Gil also proJects a 
, on ons In , on ons ess d lin . d li d al · h 1 · 

th · th AE02008 fi ec e m e vere co pnces to t e e ectnc power an m e re erence case. . 
sector through 2030, from $31.92 per ton m 2015 to 

The AE02008 reference case includes the introduc-
tion of CTL production before 2015, with coal use at 

$30.42 per ton in 2030-$4.61 per ton less than in the 
AE02008 reference case. 

Table 13. Comparison of coal projections, 2016,2026, and 2030 (continued) 

Other prqjectiom 

GD I EVA 

2080 

Production 1,168 1,465 1,168 NA 
Co1111umption by BeCtor 

Electric power 1,026 1,401 1,088 NA 
Coke plants 23 18 21 NA 
Coal-to-liquith 0 64 NA NA 
Other industrial/buildings 65 62 66 NA 

Total 1,114 1,646 1,176 NA 
Net coal esporls 15.3 -77.7 -7.0 NA 

Ezports 49.6 34.6 30.8 NA 
Imports 34.3 112.3 37.8 NA 

Minemouth pricf! 
(2006 dollars per short ton) 24.63 23.32 18.42 NA 
(2006 dollars per million Btu) 1.21 1.19 0.88° NA 

Average delivered price 
to electricity generaton 

(2006 dollars per short ton) 33.85 35.03 30.42 NA 
(2006 dollars per million Btu) 1.69 1.78 1.450 NA 

Btu =British thermal unit. NA =Not available. 
•Imputed using heat conversion factor implied by US steam coal consumption figures for the electricity sector. 
Sources: 2006 and AE02008: AE02008 National Energy Modeling System, run AE02008.D030208F. Gil: Global Insight, Inc., 2007 

U.S. Energy Outlook (October 2007). EVA: Energy Ventures Analysis, Inc., FUELCAST: Long-Term Outlook (August 2007). 
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In the AE02008 and EVA projections, domestic coal 
production increases to meet rising demand. Produc­
tion grows most rapidly in the AE02008 reference 
case, averaging 0.9 percent per year from 2006 to 
2030. The EVA projection through 2025 closely re­
sembles that in the AE02008 reference case, and 
the Gil projection is significantly lower. In the Gil 
projection, coal production totals 1,168 million tons in 
2030, 20 percent less than in the AE02008 reference 
case (1,455 million tons). 

U.S. coal exports represent a small percentage of 
domestic coal production in all the projections. Coal 
exports decline to less than 35 million tons in 2030 in 
the AE02008 reference case and Gil projections, and 
the United States is represented as a net importer of 
coal after 2015 in all the projections. In the EVA pro­
jection, U.S. coal imports increase to 45 million tons 
in 2025, and exports are 43 million tons in 2025. In 
the AE02008 reference case, U.S. coal imports in 
2015, 2025, and 2030 are higher than in the other 
projections. 
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List of Acronyms 

AB. A8sembly Bill ICAP International Carbon Action Partnership 0 
ABT Averaging, banking, and trading lEA International Energy Agency 

ACP Alternative compliance payment IECC International Energy Conservation Code 

AEO Annual Energy Outlook INFO RUM Interindustry Forecasting Project at the 

AE02007 Annual Energy Outlook 2007 
University of Maryland 

AE02008 Annual Energy Outlook 2008 
JAS Joint Association Survey ofDrilliDg Costs 

AMFA Alternative Motor Fuels Act of 1988 
LDV Light-duty vehicle 

ANWR Arctic National Wildlife Refuge 
LED Light-emitting diode 

BTL Biomass-to-liquids 
LNG Liquefied natural gas 

Btu British thermal unit 
MMS Minerals Management Service 

CAAA90 Clean Air Act Amendments of 1990 
mpg Miles per gallon 

CAFE Corporate Average Fuel Economy 
MSAT2 Mobile Source Air Toxics Rule (February 2007) 

CAIR Clean Air Interstate Rule 
MSW Municipal solid waste 

CAMR Clean Air Mercury Rule 
NEMA National Electrical Manufacturers A8sociation 

CBO Congressional Budget Office 
NEMS National Energy Modeling System (EIA) 

ccs Carbon capture and sequestration 
NGL Natural gas liquids 

CEPCI Chemical Engineering Plant Cost Index 
NOAA National Oceanic and Atmospheric Administration 

CEPS Clean energy portfolio standard NO" Nitrogen oxides 

CFL Compact fluorescent light bulb 
NRC U.S. Nuclear Regulatory Commisaion 

CHP Combined heat and power 
NYMEX New York Mercantile Exchange 

C02 Carbon dioxide 
OECD Organization for Economic Cooperation 

0 and Development 
CTL Coal-to-liquids OMB Office of Management and Budget 
DB Deutsche Bank AG OPEC Organization of the Petroleum Exporting Countries 
DOE U.S. Department of Energy P.L. Public Law 
E&P Exploration and production PTC Production tax credit 
E10 Gasoline containing up to 10 percent ethanol PV Soler photovoltaic 

by volume 

E85 Fuel containing a blend of 70 to 85 percent ethanol 
R&D Research and development 

and 30 to 15 percent gasoline by volume REC Renewable energy certificate 

EIA Energy Information Administration RFG Reformulated gasoline 

EISA2007 Energy Independence and Security Act of 2007 RFS Renewable Fuels Standard 

EOR Enhanced oil recovery RGGI Regional Greenhouse Gas Initiative 

EPA U.S. Environmental Protection Agency RPS Renewable Portfolio Standard 

EPACT1992 Energy Policy Act of 1992 SEER Strategic Energy and Economic Research, Inc. 

EPACT2005 Energy Policy Act of 2005 S.B. Senate Bill 

EVA Energy Ventures Analysis, Inc. so2 Sulfur dioxide 

FFV Flu-fuel vehicle SSA Social Security Administration 

FY Fiscal year STEO Short-Tenn Energy Outlook (EIA) 

GDP Gross domestic product ULSD Ultra-low-sulfur diesel 

GHGs Greenhouse gases USGS U.S. Geological Survey 

Gil Global Insights, Inc. VEETC Volumetric Ethanol Excise Tu Credit 

GTL Gas-to-liquids WCI Western Climate Initiative 

GVWR Groas vehicle weight rating WTI West Texas Intermediate (crude oil) 0 H.R. House of Representatives 
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Text Notes 
Overview 

1. Some possible policy changes-notably, the adoption 
of policies to limit or reduce greenhouse gas emis­
sions-could change the reference case projections sig­
nificantly. EIA bas examined many of the proposed 
greenhouse gas policies at the request of Congress; the 
reports are available on EIA's web site (see "Responses 
to Congressional and Other Requests," web site www. 
eia.doe.gov/oiaf/service _ rpts.htm). 

2. The comparison of production levels was ruljusted for 
the entry of Angola into OPEC in late 2007. 

3. See Energy Information Administration, Annual 
Energy Outlook 2007, DOE/EIA-0383(2007) (Washing­
ton, DC, February 2007), "Impact of Rising Construc­
tion and Equipment Costs on Energy Industries," pp. 
36-41. 

Notes and Sources 

16. Defense Energy Support Center, "Compilation of 
United States Fuel Taxes, Inspection Fees, and Envi­
ronmental Taxes and Fees" (June 29, 2007). 

17. U.S. Department of Energy, Energy Efficiency andRe­
newable Energy, Alternative Fuels & Advanced Vehi­
cles Data Center, "Volumetric Ethanol Excise Tax 
Credit (VEETC)," web site www.eere.energy.gov/afdc/ 
progs/view _ ind _ fed.php/afdc/399/0. 

18. E85 is a fuel containing a blend of 70 to 85 percent eth­
anol and 30 to 15 percent gasoline by volume. 

---4:-Vehiclestbah:an use-a:lternativei'uels-or employ elec­
tric motors and advanced electricity storage, advanced 
engine controls, or other new technologies. 

19. VEETC was established by the American Jobs Cre­
ation Act of 2004, Section 301. Before VEETC, gaso­
line blended with 5. 7 percent, 7. 7 percent, or 10 
percent ethanol received an excise tax reduction equiv­
alent to 51 cents per gallon of ethanol; however, the ap­
plicable excise tax reduction for blends with any other 
ethanol percentage was equivalent to less than 51 
cents per gallon of ethanol. This was an especially seri­
ous impediment to blenders ofE85. 

=o.t=.-------: 
20. VEETC provided biodiesel tax credits for 2005 and 

0 

0 

5. Biodiesel is defined as the monoalkyl esters of fatty 
acids derived from plant or animal matter and suitable 
for use in a diesel engine. 

6. BTL is defined as diesel fuel and other liquid hydrocar­
bons produced by a Fischer-Tropsch process using 
cellulosic biomass as feedstock. 

Legislation and Regulatio1111 

7. U.S. Environmental Protection Agency, 40 CFR Parts 
59, 80, 85 and 86 [EPA-HQ-OAR-2005-0036; FRL-
8278-4], RIN 2060-AK70, "Control of Hazardous Air 
Pollutants from Mobile Sources; Final Rule," Federal 
Register, Vol. 72, No. 37 (February 26, 2007), web 
site http://edocket.access.gpo.gov/2007 /pdf/E7 -2667. 
pdf. Most of the data cited here were taken from this 
source. 

8. For the complete text of the Energy Independence and 
Security Act of 2007, see web site http:// frwebgate. 
acess.gpo.gov/cgi-binlgetdoc.cgi?dbname=110_cong_ 
public_laws&docid=f:publ140.110. pdf. 

9. See, for example, web site http://energy.senate.gov/ 
publicl_files/HR6EnergyBillSummary .pdf. 

10. Footprint is the product of track width and wheelbase, 
measured in square feet. 

11. Energy Policy Act of 2005, Section 1501. 
12. "DuPont and BP Reveal Biobutanol Test Results" 

Ethanol & Biodiesel News (April23, 2007). 
13. DuPont, "Alternative Fuels and Potential Material 

Compatibility Issues," DuPont Automobile Annual 
Fuel Luncheon (April16, 2008). 

14. Energy Information Administration, Annual.Energy 
Outlook 2007, DOE-EIA-0383(2007) (Washington, 
DC, February 2007), "Legislation and Regulations: 
Excise Taxes on Highway Fuels," p. 25, web site www. 
eia.doe.gov/oiaf/archive/aeo07. 

15. U.S. Department of the Treasury, Internal Revenue 
Service, Excise Taxes for 2007, Publication 510 
{1/2007) (Washington, DC, Revised January 2007), 
web site www.irs.gov/publications/p510. 

2006. EPACT2005, Section 1344, extended the hie­
diesel tax credits through 2007 and 2008. 

21. The Food, Conservation, and Energy Act of2008 (Pub­
lic Law 110-234), which was enacted in May 2008, con­
tains several tax provisions related to biofuels. The bill 
reduces the ethanol blending tax credit from 51 cents 
to 45 cents per gallon once annual ethanol production 
or import volumes reach 7.5 billion gallons; extends 
the ethanol import tariff through 2010; and estab­
lishes a tax credit for cellulosic biofuels of up to $1.01 
per gallon produced. The AE02008 reference case pro- . 
jects ethanol production of 8.5 billion gallons in 2008, 
which would trigger the blending tax credit reduction 
in 2009. AE02008 does not include consideration of 
the Food, Conservation, and Energy Act of2008, which 
was enacted too late for inclusion. 

22. EPACT2005, Section 1347, increased the production 
volume for small producers from 30 million to 60 mil­
lion gallons, starting in 2006. 

23. Most of the data cited in this section are taken from 
U.S. Environmental Protection Agency, 40 CFR Parts 
59, 80, 85, and 86, "Control of Hazardous Air Pollut­
ants From Mobile Sources; Final Rule," Federal Regis­
ter, Vol. 72, No. 37 (February 26, 2007), pp. 8428-8570, 
web site http://edocket.access.gpo.gov/2007/pdf/ 
E7-2667.pdf. 

24. The subsidy cost-essentially the expected cost of the 
program, excluding administrative expenditures­
generally equals the amount of the loan multiplied by 
the probability of default. The actual computation of 
the "subsidy cost" and whether it represents the 
true cost of the program are complex issues far 
beyond the scope of this section ofAE02008. For more 
details on government loan guarantee programs, see 
Energy Information Administration, Federal Finan­
cial Interventions and Subsidies in Energy Markets 
2007, SR/CNEAF/2008-01 (Washington, DC, April 
2008), web site www.eia.doe.gov/oiaf/servicerpt/ 
subsidy2/index.html. 

25. Energy Information Administration, Annual Energy 
Outlook 2007, DOE/EIA-0383(2007) (Washington, DC, 
February 2007), "Loan Guarantees and the Economics 
of Electricity Generating Technologies," pp. 48-49, 
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web site www.eia.doe.gov/oiaf/archive/aeo07/pdf/ 
issues. pdf. 

26. U.S. House of Representatives, llOth Congress, "En­
ergy and Water Development Appropriations Bill, 
2008" (House Report 110-185, June 11, 2007); and 
U.S. Senate, 110th Congress, "Energy and Water Ap­
propriations Bill, 2008" (Senate Report 110-127, 
July 9, 2007), web aite www.access.gpo.gov/congress/ 
legislation/08appro.html. 

27. See, for example, testimony of Christopher Crane, 
Senior Vice President, Exelon Corporation, and Presi­
dent and ChiefNuclear Officer, Exelon Nuclear, before 
the Subcommittee on Energy and Air Quality, 
Committee on Energy and Commerce, U.S. House of 
Representatives (April 24, 2007), web aite http:// 
energycommerce.house.gov/cmte_mtgs/110-eaq-hrg. 
042407.Crane-testimony.pdf. 

28. U.S. Department of Energy, Loan Guarantee Pro­
gram, "DOE Releases Information on Loan Guarantee 
Pre-Applications" (March 6, 2007), web site www. 
lgprogram.energy.gov/press/030607.html. 

29. Energy Information Administration, Annual Energy 
Outlook 2005, DOE/EIA-0383(2005) (Washington, DC, 
February 2005), "State Renewable Energy Require­
ments and Goals: Status Through 2003," pp. 20-22, 
web site www.eia.doe,gov/oiaf/archive/aeo05/leg_reg. 
html. 

30. Energy Information Administration, Annual Energy 
Outlook 2006, DOE/EIA-0383(2006) (Washington, DC, 
February 2006), "State Renewable Energy Require­
ments and Goals: Update Through 2005," pp. 24-27, 
web site www.eia.doe.gov/oiaf/archive/aeo06/leg_reg. 
html. 

31. Energy Information Administration, Annual Energy 
Outlook 2007, DOE/EIA-0383(2007) (Washington, DC, 
February 2007), "State Renewable Energy Require­
ments and Goals: Update Through 2006," pp. 28-30, 
web site www.eia.doe.gov/oiaf/archive/aeo07/leg_reg. 
html. 

32. State of New Hampshire, H.B. 873, web aite www. 
gencourt.state.nh.us/legislation/2007 /HB0873.html. 

33. General Assembly of North Carolina, S.B. 3, web site 
www.ncleg.net/Sesaions/2007/Bills/Senate/PDF/S3v6. 
pdf. 

34. Oregon Legislative Assembly, S.B. 838, aigned into law 
by Governor Theodore R. Kulongoski on June 6, 2007, 
defines a large supplier as any generator that provides 
at. least 3 percent of the State's electric load, a me­
dium-sized supplier as one that provides between 
1.5 and 3 percent of the State's load, and a small sup­
plier as one that provides less than 1.5 percent of the 
State's load. See web site www.oregon.gov/ENERGY/ 
RENEW/docs/sb0838.en.pdf. 

35. Revised Code of Washington, Chapter 19.285, web 
site http://apps.leg. wa.gov/RCW/default.aspx?cite= 19. 
285. 

36. State of Delaware, S.B. 19, web aite http://depsc. 
delaware.gov/electric/delrps.shtml. 

37. An alternative compliance payment is a payment to 
the State for not meeting their renewable energy goal. 

In some instances, there are different compliance pay­
ments (or penalties) for unique generation technolo­
gies. 

38. State of Colorado, H.B. 07-1281, web site www.leg. 
state.co. us/clics/clics2007a/csl.nsf/fsbillcont3/C9BOB6 
2160D242CA87257251007C4F7A?open&ffie= 
1281_enr.pdf. 

39. State of Connecticut, House Bill 7432, Public Act 
07-242, web site www.cga.ct.gov/2007/ACT/PA/ 
2007P A-00242-ROOHB-07432-PAhtm. 

40. State of Illinois, Public Act 095-0481, web aite www. 
ilga.gov/legislation/publicacts/95/PDF/095-0481.pdf. 

41. "Minnesota- Renewable Portfolio Standard," web site 
www.dsireusa.orW!ibrary/includes/tabsrch.cfm?state 
=MNOtype=RPS&CurrentPageiD=7&EE= 1&RE 
=1. 

42. U.S. Environmental Protection Agency, "Clean Air In­
terstate Rule," web aite www.epa.gov/cair. 

43. U.S. Environmental Protection Agency, "Clean Air 
Mercury Rule," web site www.epa.gov/camr. 

44. AE02007 included a summary of the RGGI proviaions 
in the original model rule. See Energy Information Ad­
ministration, Annual Energy Outlook 2007, DOE/ 
EIA-0383(2007) (Washington, DC, February 2007), 
"State Regulations on Airborne Emisaions: Update 
Through 2006," pp. 30-32, web site www.eia.doe.gov/ 
oiaf/archive/aeo07/leg_ reg.html. 

45. State of California, "Senate Bill1368," web site www. 
energy .ca.gov/ghgstandards/documents/sb _1368 _bill_ 
20060929 _ chaptered.pdf. 

46. California Environmental Protection Agency, Air Re­
sources Board, "Proposed Regulations to Control 
Greenhouse Gas Emissions from Motor Vehicles," 
web aite www.arb.ca.gov/regact/grnhsgas/grnhsgas. 
htm (September 19, 2005). 

47. State of California, "Assembly Bill No. 1493," web site 
www.calcleancars.org/ab1493.pdf. 

48. U.S. Environmental Protection Agency, "California 
Greenhouse-Gas Waiver Request," web site www. 
epa.gov/otaq/ca-waiver.htm. 

49. Office of the New York State Attorney General An­
drew M. Cuomo, "Cuomo Leads Coalition of 15 States 
Against EPA in Battle for States' Right To Fight 
Global Warming" (January 2, 2008), web site www. 
oag.state.ny. us/press/2008/jan/jan02a _ 08.html. 

50. State of Washington, "Mitigating the impacts of cli­
mate change," SB 6001 - 2007-08, web site http:// 
apps.leg.wa.gov/billinfo/summary.aspx?bill=600 1. 

51. State of Montana, House Bill No. 25, web site http:// 
data.opi.mt.gov/bills/2007/billpdf/HB0025.pdf. 

52. State of Florida, Executive Order 07-126, "Leadership 
by Example: Immediate Actions to Reduce Green­
house Gas Emissions from Florida State Govern­
ment"; Executive Order 07-127, "Immediate Actions 
to Reduce Greenhouse Gas Emissions within Florida"; 
and Executive Order 07-128, "Florida Governor's Ac­
tion Team on Energy and Climate Change"; web site 
www.dep.state.fl.us/climatechange/eo.htm. 
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53. M.L. Wald, "Costs Surge for Building Power Plants," 
New York Times (July 10, 2007), web site www. 
nytimes.com/2007/07/10/business/worldbusiness/ 
10energy.html. 

54. Imperial Oil Resources Ventures, Ltd., "Mackenzie 
Gas Project: Supplemental Information Project Up­
date," National Energy Board Submission IPRCC. 
PR.07.08 (Calgary, Alberta, Canada, May 2007). 
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production from existing fields. Reservoir characteris­
tics and the properties of the oil in the reservoirs pri­
marily determine the :maximum efficient recovery rate 
for a particular oil reservoir. Aggregate incremental 
rates of improvement in oil recovery diminish rapidly 
as oil prices rise. For example, a recent analysis of 
Alaska's North Slope oil fields indicates that very little 
incremental recovery is achievable once oil prices ex­
ceed-$69 per barrel.- See National Energy Technology 
Laboratory, Arctic Energy Office, Alaska North Slope 
Oil and Gas: A Promising Future or an Area in De­
cline? Summary Report, DOEINETL-2007/1280 (Fair­
banks, AK, August 2007), web site www.netl.doe. 
gov/technologies/oil-gaslpublications/EPreports/ANS 
SummaryReportFinalAugust2007.pdf. Technological 
progress is more likely to affect the ultimate oil recov­
ery rate than oil prices or drilling costs. 

56. Production began in 2000 at the Alpine Field, which 
has an estimated ultimate recoverable reserve of about 
540 ul.illion barrels. Source: National Energy Technol­
ogy Laboratory, Alaska North Slope Oil and Gas: A 
Promising Future or an Area in Decline? Summary Re­
port, DOE/NETL-2007/1280. 

57. A higher or lower level of future U.S. oil industry activ­
ity primarily affects the rate at which future U.S. oil 
production declines. High levels of activity can stabi­
lize oil production for an extended period oftime, espe­
cially through the application of EOR techniques, but 
eventually the depletion of the resource base causes 
production to decline. Lower levels of activity acceler­
ate the rate of decline in future oil production. 

58. Oil production in the shallow waters of the Gulf of 
Mexico declines slowly in all the cases. 

59. The reference case assumes that pipelines from Can­
ada and Alaska will be connected to natural gas mar­
kets in the lower 48 States. If no Arctic pipelines were 
built, however, there would be no pipeline to move nat­
ural gas from Alaska's North Slope to southern 
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and shipped to foreign and domestic customers. As an 
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61. U.S. Geological Survey, "USGS National Assessment 
of Oil and Gas Resources Update (December, 2006)," 
web site http://certmapper.cr.usgs.gov/data/nogaOO/ 
natl/tabular/total.xls. The estimates cited in this 
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discussion are rough approximations. The actual prob­
ability spread of the estimates is considerably larger. 

62. If LNG imports into Canada and Mexico were con­
strained to the same degree as assumed for the lower 
48 States, natural gas prices would be even higher, 
causing both a larger decrease in domestic natural gas 
consumption and a larger increase in lower 48 produc­
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63. CERA Advisory Service, "Monthly Natural Gas Brief­
ing" (April20, 2007). 

64. NOAA Webcast, "Improving Climate Normals" (Sep­
tember 26, 2007). 

65. A small amount of the difference is due to the use of dy­
namic population weights in AE02008. 

66. James T. Jensen of Jensen Associates in Weston, MA, 
stated in a presentation on "Increasing Global LNG 
Investments" to the LNG North America Summit 
2007 in Houston, TX, June 20, 2007, that, "At the turn 

---'owf--ot.u.'he..decade, LNG plant construction costs were-ap·-- --­
proaching $200/ton of capacity but current costs are a 
multiple of that level and there have been several 
'problem trains' that have been quoted at $1,200/ton 
and above." 

67. Zeus Development Corporation of Houston, TX, has 
reported that costs for the Gros Cacouna terminal on 
the St. Lawrence River have nearly doubled from ini­
tial estimates and that the terminal is being put on 
hold while cost-cutting options to reduce costs to un­
der $1 billion are studied. See "Spiraling Costs Impact 
Petro-Canada's LNG Terminal, Delay Decision," LNG 
Erpress (August 1, 2007), web site www.lngexpress. 
com (subscription site). 

68. According to Keith Bainbridge of London-based LNG 
Shipping Solutions, the price of a standard sized ship, 
estimated at around $155 million in late 2003, has 
risen to between $215 and $230 million in 2007. 

69. Wood Mackenzie Research and Consulting, "Global 
LNG Online," web site www.woodmacresearch.com/ 
cgi-bin/wmprod/portal/energy/productMicrosite.jsp? 
product01D=664070 (available to subscribers only). 
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2003, Chapter 7, "Investment Climate Statement," p. 
61, web site www.usembassyjakarta.org/ccg/ccg.html. 

75. Government of Western Australia, Department of the 
Premier and Cabinet, WA Government Policy on Se­
curing Domestic Gas Supplies (October 2006), web site 
www.doir.wa.gov.au/documents/DomGas Policy(1). 
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76. Gas Infrastructure Europe's "Storage Investment Da­
tabase" for November 2007listed new storage projects 
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in Europe with a total of 1.47 trillion cubic feet of 
working capacity-including 0.96 trillion cubic feet in 
OECD countries-that had planned operational dates 
before 2016 and were designated as either aquifer or 
depleted reservoir types (commonly used for seasonal 
storage). The database included projects placed in op­
eration after June 2007, under construction, commit­
ted (evaluated by the company with detailed studies 
and possibly undergoing planning and permitting 
stages), or planned (at an early evaluation stage). Four 
types of capacity were included: aquifer, LNG peak 
shaving, reservoir, and salt cavity. See Gas Infrastruc­
ture Europe, "Storage Investment Database," web site 
www.gie.eu.com/maps_data/database.html. 

77. BG Group, "BG Group Finalises Agreement To Meet 
Natural Gas Demand in Chile," Press Release (June 
4, 2007), web site www.bg-group.com/MediaCentre/ 
PressArchive/2007 {Pages/060407-sx.aspx. 

Market Trends 

78. The energy-intensive manufacturing sectors include 
food, paper, bulk chemicals, petroleum refining, glass, 
cement, steel, and aluminum. 

79. This change in methodology is discussed in the Issues 
In Focus section, pages 44-46. 

80. A Divisia index is used for this calculation. A discus­
sion of the index can be found in G. Boyd, J.F. McDon­
ald, M. Ross, and D.A. Hansont, "Separating the 
Changing Composition of U.S. Manufacturing Produc­
tion from Energy Efficiency Improvements: A Divisia 
Index Approach," Energy Journal, Vol. 8, No.2 (1987). 

81. S.C. Davis and S.W. Diegel, TransporlatiDn Energy 
Data Book: Edition 25, ORNL-6974 (Oak Ridge, TN, 
May 2006), Chapter 4, "Light Vehicles and Character­
istics," web site http://cta.ornl.gov/data/chapter4. 
shtml. 

82. The fuel shares are calculated in terms of energy con­
tent. Because of the differences in energy content per 
gallon of gasoline, diesel, and ethanol, the percentage 
share would be different on a volumetric basis. For ex­
ample, it takes about 1.3 gallons of E85 to replace the 
energy in 1 gallon of gasoline. 

83. Unless otherwise noted, the term "capacity" in the dis­
cussion of electricity generation indicates utility, 
nonutility, and CHP capacity. Costs reflect the average 
of regional costs, except for wind, which uses a repre­
sentative region. 

84. Does not include off-grid PV. Based on annual PV ship­
ments from 1989 through 2005, EIA estimates that as 
much as 192 megawatts of remote electricity genera­
tion PV applications (i.e., off-grid power systems) were 
in service in 2005, plus an additional481 megawatts in 
communications, transportation, and assorted other 
non-grid-connected, specialized applications. See 
Energy Information Administration, Annual Energy 
Review 2006, DOE/EIA-0384(2006) (Washington, DC, 
June 2007), Table 10.8 (annual PV shipments, 1989-
2005). The approach used to develop the estimate, 
based on shipment data, provides an upper estimate of 
the size of the PV stock, including both grid-based and 
off-grid PV. It will overestimate the size of the stock, 
because shipments include a substantial number of 
units that are exported, and each year some of the PV 

units installed earlier will be retired from service or 
abandoned. 

85. Previous AEOs did not consider State RPS require­
ments. 

86. Wind capacity is more than double the 2030 level pro­
jected in AE02007. 

87. Imperial Oil Resources Ventures, Ltd., "Mackenzie 
Gas Project: Supplemental Information Project Up­
date," National Energy Board Submission IPRCC. 
PR.07.08 (Calgary, Alberta, Canada, May 2007). 

88. CAIR mandates SO:z emiasions caps in 28 eastern and 
midwestern States and the District of Columbia. The 
first compliance period begins in 2010, and a second, 
more stringent cap takes effect in 2015. 

89. The first milestone for reducing NO., emissions from 
electric power generation becomes effective in 2009. A 
lower limit is mandated for 2015. 

Comparison with Other Prqjectio1111 

90. AE02008 also includes the CAMR regulations. On 
February 8, 2008, the U.S. Court of Appeals found 
CAMR to be unlawful and voided it, ruling that the 
EPA had not proved that mercury was a pollutant eli­
gible for regulation under a less stringent portion of 
the Clean Air Act; however, EIA did not have time to 
revise AE02008 before publication to remove the im­
pact of CAMR. 

91. Although neither EVA nor Gil provided projections for 

0 

coal consumption at CTL plants, the lack of growth in o 
coal consumption in non-electricity sectors indicates 
that this technology is either not represented explicitly 
by the models or, alternatively, that very little CTL ca-
pacity is projected to come on line. 

Table Notes and Sources 
Note: Tables indicated as aourcea in theae notea refer 
to the tables in AppenrlUeB A. B, C, and D of thiB 
report. 
Table 1. Total energy supply and disposition in the 
AE02008 and AE02007 reference cases, 2006-2030: 
AE02007: AE02007 National Energy Modeling System, 
run AE02007.Dl12106A. AE02008: AE02008 National 
Energy Modeling System, run AE02008.D030208F. Notes: 
Quantities are derived from historical volumes and as­
sumed thermal conversion factors. Other production in­
cludes liquid hydrogen, methanol, and some inputs to refin­
eries. Net imports of petroleum include crude oil, petroleum 
products, unfinished oils, alcohols, ethers, and blending 
components. Other net imports include coal coke and elec­
tricity. 

Table 2. Representative efficiency standards for 
enclosed motors: National Electrical Manufacturers 
Association, NEMA Summary and Analysis of Energy Inde­
pendence and Secrurity Act of 2007, Appendix II, Section 
313-Electrical Motor Efficiency, web site www.nema. 
org/gov/energy/upload/NEMA-Summary-and-Analysis-of­
the-Energy-Independence-and-Security-Act-of-2007.pdf. 

Table 3. Summary of DOE's August 2008 loan guar- o 
antee solicitation: U.S. Department of Energy, DOE Re-
leases Information on Loan Guarantee Pre-Applications 
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(March 6, 2007), web site wwwJgprogram.energy.gov/ 
press/030607 .html. 
Table 4. State renewable portfolio standards: Energy 
Information Administration, Office of Integrated Analysis 
and Forecasting. 
Table 5. Key analyses from "'ssues in Focus" in re­
cent AEOs: Energy Information Administration, Annual 
Energy Outlook 2007, DOE/EIA-0383(2007) (Washington, 
DC, February 2007); Energy Information Administration, 
Annual Energy Outlook 2006, DOE/EIA-0383(2006) (Wash­
ington, DC, February 2006); Energy Information Adminis­
tration, Annual Energy Outlook 2005, DOE/EIA-0383 
(2005) (Washington, DC, February 2005). 
Table 6. Costs of producing electricity from new 
plants, 2015 and 2030: AE02008 National Energy 
Modeling System, run AE02008.D030208F. 

Fi~e Notes and Sources 
Note: Tables indicated as sources in these notes refer 
to the tables in Appendizea A. B, C, and D of this 
report. 

Figure 1. Energy prices, 1980-2030: History: Energy 
Information Administration, Annual Energy Review 2006, 
DOE/EIA-0384(2006) (Washington, DC, June 2007). Pro-
jections: .Table Al. · 
Figure 2. Delivered energy consumption by sector, 
1980-2030: History: Energy Information Administration, 
Annual Energy Review 2006, DOE/EIA-0384(2006) (Wash­
ington, DC, June 2007). Projections: Table A2. 
Figure 3. Energy consumption by fuel, 1980-2030: 
History: Energy Information Administration, Annual En­
ergy Review 2006, DOE/EIA-0384(2006) (Washington, DC, 
June 2007). Projections: Tables Al and A17. 
Figure 4. Energy use per capita and per dollar of 
gross domestic product, 1980-2030: History: Energy 
Information Administration, Annual Energy Review 2006, 
DOE/EIA-0384(2006) (Washington, DC, June 2007). Pro­
jections: Energy use per capita: Calculated from data in 
Table A2. Energy use per dollar of GDP: Table A19. 
Figure 5. Total energy production and consumption, 
1980-2030: History: Energy Information Administration, 
Annual Energy Review 2006, DOE/EIA-0384(2006) (Wash­
ington, DC, June 2007). Projections: Table AI. 
Figure 6. Energy production by fuel, 1980-2030: His­
tory: Energy Information Administration, Annual Energy 
Review 2006, DOE/EIA-0384(2006) (Washington, DC, June 
2007). Projections: Tables Aland A17. 
Figure 7. Electricity generation by fuel, 1980-2030: 
History: Energy Information Administration, Annual En­
ergy Review 2006, DOE/EIA-0384(2006) (Washington, DC, 
June 2007). Projections: Table AS. 
Figure 8. U.S. carbon dioxide emissions by sector 
and fuel, 1990-2030: History: Energy Information Ad­
ministration, Emissions of Greenhouse Gases in the United 
States 2006, DOE/EIA-0573(2006) (Washington, DC, No­
vember 2007). Projections: Table AlB. 

Figure 9. Changes in construction commodity costs, 
1973-2007: U.S. Department of Labor, Bureau of Labor 
Statistics, Producer Price Index for WPU112 (construe-
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tion), WPUlOl (iron and steel), WPU133 (concrete), and 
WPU1322 (cement). 
Figure 10. Changes in construction commodity costs 
and electric utility construction costs, 1973-2007: 
Handy-Whitman Bulletin, No. 165, "Cost Trends ofElectric 
Utility Construction"; and U.S. Department of Labor, Bu­
reau of Labor Statistics, Producer Price Index, Series ID 
WPU112. 
Figure 11. Additions to U.S. electricity generation 
capacity by fuel in three cases, 2006-2030: AE02008 
National Energy Modeling System, runs AE02008. 
D030208F, LC2008.D030308A, and HC2008.D030308A. 
Figure 12. U.S. natural gas supply by source in three 
cases, 2030: AE02008 National Energy Modeling System, 
runs AE02008.D030208F, LC2008.D030308A, and 
HC2008.D030308A. 
Figure 13. U.S. natural gas consumption by sector in 
three cases, 2030: AE02008 National Energy Modeling 
System; nms AE02008.D9392e8F, L0280&Bea9368A; and 
HC2008.D030308A. 
Figure 14. U.S. natural gas prices in three cases, 
2000-2030: History: Energy Information Administration, 
Annual Energy Review 2006, DOE/EIA-0384(2006) (Wash­
ington, DC, June 2007). Projections: AE02008 National 
Energy Modeling System, runs AE02008.D030208F, 
LC2008.D030308A, and HC2008.D030308A. 
Figure 15. Electricity generation by fuel in four 
cases, 2006 and 2030: History: Energy Information Ad­
ministration, Annual Energy Review 2006, DOE/EIA-0384 
(2006) (Washington, DC, June 2007). Projections: AE0-
2008 National Energy Modeling System, runs AE02008. 
D030208F, HIGASDEM.D030408A, LOGASSUP. 
D030408A, and HDEMLSUP.D030408A. 
Figure 16. New generating capacity additions in 
four cases, 2006-2030: AE02008 National Energy 
Modeling System, runs AE02008.D030208F, HIGASDEM. 
D030408A, LOGASSUP.D030408A, and HDEMLSUP. 
D030408A. 
Figure 17. Natural gas consumption by sector in four 
cases, 2030: AE02008 National Energy Modeling System, 
runs AE02008.D030208F, HIGASDEM.D030408A, 
LOGASSUP.D030408A, and HDEMLSUP.D030408A. 
Figure 18. Natural gas supply by source in four 
cases, 2006 and 2030: History: Energy Information Ad­
ministration, Annual Energy Review 2006, DOE/EIA-0384 
(2006) (Washington, DC, June 2007). Projections: AE0-
2008 National Energy Modeling System, runs AE02008. 
D030208F, HIGASDEM.D030408A, LOGASSUP. 
D030408A, and HDEMLSUP.D030408A. 
Figure 19. Lower 48 wellhead natural gas prices in 
four cases, 1995-2030: History: Energy Information Ad­
ministration, Annual Energy Review 2006, DOE/EIA-0384 
(2006) (Washington, DC, June 2007). Projections: AE0-
2008 National Energy Modeling System, runs AE02008. 
D030208F, HIGASDEM.D030408A, LOGASSUP. 
D030408A, and HDEMLSUP.D030408A. 
Figure · 20. U.S. average electricity prices in four 
cases, 1995-2030: History: Energy Information Adminis­
tration, Annual Energy Review 2006, DOE/EIA-0384(2006) 
(Washington, DC, June 2007). Projections: AE02008 Na­
tional Energy Modeling System, runs AE02008.D030208F, 
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IDGASDEM.D030408A, LOGASSUP.D030408A, and 
HDEMLSUP.D030408A. 
Figure 21. Annual heating and cooling degree-days, 
1993-2007: Energy Information Administration, 
Short-Term Energy Outlook On-Line Table Browser (Feb­
ruary 26, 2007). 
Figure 22. Heating and cooling degree-days in the 
AE02008 reference case, 2010-2030: National Energy 
Modeling System runs AE02008.D030208F and 
WEATHER.D030408A, based on weather data from NOAA 
and State population projections from the Ce~ Bureau. 
Figure 23.1mpacts of change from SO-year to 10-year 
average for heating and cooling degree-days on en­
ergy use for heating and cooling in buildings by fuel 
type, 2030: AE02008 National Energy Modeling System, 
runs AE02008.D030208F and WEATHER.D030408A. 
Figure 24.1mpacts of change from 30-year to 10-year 
average for heating and cooling degree-days on peak 
seasonal electricity demand load, 2030: AE02008 Na­
tional Energy Modeling System, runs AE02008.D030208F 
and WEATHER.D030408A. 
Figure 25. U.S. imports of liquefied natural gas, 
2001-2007: Energy Information Administration, Natural 
Gas Monthly, DOE/EIA.-0130(2007/04) (Washington, DC, 
April2007). 
Figure 28. OECD Europe natural gas supply by 
source, 2000-2007: International Energy Agency, 
Monthly Gas Data Service. 
Figure 27. Gross U.S. imports of liquefied natural 
gas in three cases, 1990-2030: History: Energy Infor­
mation Administration, Annual Enerif.Y Review 2006, 
DOE/EIA.-0384(2006) (Washington, DC, June 2007). Pro­
jections: AE02008 National Energy Modeling System, 
runs AE02008.D030208F, LOLNG08.D030508A, and 
mLNG08.D030508A. 
Figure 28. U.S. natural gas supply in three cases, 
2008-2030: History: Energy Information Administration, 
Annual Enerif.Y Review 2006, DOE/EIA.-0384(2006) (Wash­
ington, DC, June 2007). Projections: AE02008 National 
Energy Modeling System, runs AE02008.D030208F, 
LOLNG08.D030508A, and mLNG08.D030508A. 
Figure 29. Lower 48 wellhead natural gas prices in 
three cases, 1990-2030: History: Energy Information 
Administration, Annual Energy Review 2006, DOE/EIA-
0384(2006) (Washington, DC, June 2007). Projections: 
AE02008 National Energy Modelliig System, runs 
AE02008.D030208F, LOLNG08.D030508A, and 
mLNG08.D030508A. 
Figure 30. World oil price in six cases, 2000-2030: His­
tory: Energy Information Administration, Annual Enerlf.Y 
Review 2006, DOE/EIA-0384(2006) (Washington, DC, June 
2007). Projections: AE02008 National Energy Modeling 
System, runs AE02008.D030208F, LP2008.D031608A, 
HP2008.D031808A, AE02007.Dl12106A, LP2007. 
Dl12106A, and HP2008.Dll2106A 
Figure 31. World liquids consumption in the 
AE02008 reference case, 2008-2030: Table A20. 
Figure 32. Average annual growth rates of real GDP, 
labor force, and productivity, 2008-2030: Table B4. 
Figure 33. Average annual infiation, interest, and 
unemployment rates, 2008-2030: Table B4. 

Figure 34. Sectoral composition of industrial output 
growth rates, 2008-2030: AE02008 National Energy 
Modeling System, runs AE02008.D030208F, HM2008. 
D031608A, and LM2008.D031608A. 
Figure 35. Energy e:~~penditures in the U.S. economy, 
1990-2030: History: Energy Information Administration, 
Annual Enerif.Y Review 2006, DOE/EIA-0384(2006) (Wash­
ington, DC, June 2007). Projections: AE02008 National 
Energy Modeling System, runs AE02008.D030208F, 
HM2008.D031608A, and LM2008.D031608A. 
Figure 38. Energy e:~~penditures as share of gross do­
mestic product, 1970-2030: History: U.S. Department 
of Commerce, Bureau of Economic Analysis; and Energy In­
formation Administration, Annual Energy Review 2006, 
DOE/EIA.-0384(2006) (Washington, DC, June 2007). Pro­
jections: AE02008 National Energy Modeling System, run 
AE02008.D030208F. 
Figure 37. World oil prices, 1980-2030: History: En­
ergy Information Administration, Annual Energy Review 
2006, DOE/EIA-0384(2006) (Washington, DC, June 2007). 
Projections: Table Cl. 
Figure 38. Unconventional resources as a share of 
the world liquids market, 1990-2030: History: Derived 
from Energy Information Administration, Interntltional 
Energy Annual2005 (June-October 2007), Table G.4, web 
site www.eia.doe.gov/iea. Projections: Table A20. Note: 
Data from Table G.4 are used as a proxy for historical un­
conventional oil production, because international data are 
limited. In addition, estimates of historical production from 
Canadian oil sands and Venezuelan ultra-heavy oil were 
added to Table G.4. Assumptions about future unconven­
tional oil production are based on current investment re­
ports, published production targets, resource availabilities, 
and marketplace competition. 
Figure 39. World liquids production shares by re­
gion, 2008 and 2030: AE02008 National Energy 
Modeling System, runs AE02008.D030208F, HP2008. 
D031808A, and LP2008.D031608A. 
Figure 40. Energy use per capita and per dollar of 
gross domestic product, 1980-2030: History: Energy 
Information Administration, Annual Enerif.Y Review 2006, 
DOE/EIA.-0384(2006) (Washington, DC, June 2007). Pro­
jections: Energy use per capita: Calculated from data in 
Table A2. Energy use per dollar of GDP: Table Al9. 
Figure 41. Primary energy use by fuel, 2008-2030: 
History: Energy Information Administration, Annual En­
ergy Review 2006, DOE/EIA.-0384(2006) (Washington, DC, 
June 2007). Projections: Tables Al and Al7. 
Figure 42. Delivered energy use by fuel, 1980-2030: 
History: Energy Information Administration, Annual En­
ergy Review 2006, DOE/EIA.-0384(2006) (Washington, DC, 
June 2007). Projections: Table A2. 
Figure 43. Primary energy consumption by sector, 
1980-2030: History: Energy Information Administration, 
Annual Energy Review 2006, DOE/EIA.-0384(2006) (Wash­
ington, DC, June 2007). Projections: Table A2. 
Figure 44. Residential delivered energy consump­
tion per capita, 1990-2030: History: Energy Informa­
tion Administration, "State Energy Consumption, Price, 
and Expenditure Estimates (SEDS)," (Washington, DC, Oc­
tober 2007), web site www.eia.doe.gov/emeu/states/ seds. 
html, and Annual Enerif.Y Review 2006, DOE/EIA.-:0384 
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(2006) (Washington, DC, June 2007). Projections: AE0-
2008 National Energy Modeling System, runs AE02008. 
D030208F, BLDFRZN.D030408A, and BLDHIGH. 
D030408A. 
Figure 45. Residential delivered energy consump­
tion by fuel, 2008, 2015, and 2030: AE02008 National 
Energy Modeling System, run AE02008.D030208F. 
Figure 48. Efficiency gains for selected residential 
appliances, 2030: Energy Information Administration, 
Technology Forecast Updates-Residential and Commer­
cial Building Technologies-Advanced Adoption Case 
(Navigant Consulting, Inc., September 2004); and AE0-
2008 National Energy Modeling System, runs AE02008. 
D030208F, BLDFRZN.D030408A, and BLDBEST. 
D030408A. 
Figure 47. Electricity consumption for residential 
lighting, 2008-2030: Energy Information Administration, 
Technology Forecast Updates-Residential and Commer­
cial Building_TeJ;}molQgj.et;-Ad®_71C~d Adoption C!lBe 
(Navigant Consulting, Inc., September 2004); and AE0-
2008 National Energy Modeling System, runs AE02008. 
D030208F and AE02008.D112607A 
Figure 48. Commercial delivered energy consump­
tion per capita, 1980-2030: History: Energy Informa­
tion Administration, "State Energy Consumption, Price, 
and Expenditure Estimates (SEDS)" (Washington, DC, Oc­
tober 2007), web site www.eia.doe.gov/emeu/states/_seds. 
html, and · Annual Energy Review 2006, DOE/EIA-0384 
(2006) (Washington, DC, June 2007). Projections: AE0-
2008 National Energy Modeling System, runs AE02008. 
D030208F, BLDFRZN.D030408A, and BLDHIGH. 
D030408A. 
Figure 49. Commercial delivered energy consump­
tion by mel, 2006, 2015, and 2030: AE02008 National 
Energy Modeling System, run AE02008.D030208F. 
Figure 50. Efficiency gains for selected commercial 
equipment, 2008 and 2030: Energy Information Admin­
istration, Technology Forecast Updates-Residential and 
Commercial Building Technologies-Advanced Adoption 
Case (Navigant Consulting, Inc., September 2004); and 
AE02008 National Energy Modeling System, runs 
AE02008.D030208F, BLDFRZN.D030408A, and 
BLDBEST.D030408A 
Figure 51. Industrial delivered energy consumption, 
1980-2030: History: Energy Information Administration, 
Annual Energy Review 2006, DOE/EIA-0384(2006) (Wash­
ington, DC, June 2007). Projections: AE02008 National 
Energy Modeling System, runs AE02008.D030208F, 
HM2008.D031608A, and LM2008.D031608A. 
Figure 52. Industrial energy consumption by fuel, 
2000, 2008, and 2030: History: Energy Information Ad­
ministration, Annual Energy Review 2006, DOE/EIA-0384 
(2006) (Washington, DC, June 2007). Projections: AE0-
2008 National Energy Modeling System, run AE02008. 
D030208F. 

Figure 53. Average growth in value of shipments for 
the manufacturing subsectors, 2008-2030: AE02008 
National Energy Modeling System, runs AE02008. 
D030208F, HM2008.D031608A, and LM2008.D031608A. 

Figure 54. Average growth of delivered energy 
consumption in the manufacturing subsectors, 
2008-2030: AE02008 National Energy Modeling System, 

Notes and Sources 

runs AE02008.D030208F, HM2008.D031608A, and 
LM2008.D031608A. 
Figure 55. Industrial delivered energy intensity, 
1980-2030: History: Energy Information Administration, 
Annual Energy Review 2006, DOE/EIA-0384 (2006) (Wash­
ington, DC, June 2007); and Global Insight, Inc., 2007 U.S. 
Energy Outlook (November 2007). Projections: AE02008 
National Energy Modeling System, runs AE02008. 
D030208F, INDFRZN.D030608A, and INDHIGH. 
D032208A. 
Figure 58. Delivered energy consumption for trans­
portation, 1980-2030: History: Energy Information Ad­
ministration, Annual Energy Review 2006, DOE/EIA-0384 
(2006) (Washington, DC, June 2007). Projections: Tables 
B2andC2. 
Figure 57. Average fuel economy of new light-duty 
vehicles, 1980-2030: History: U.S. Department of Trans­
portation, National Highway Traffic Safety Administra­
tion, Summary of Fuel Economy Performance (Washington, 
DC, March 2006), web site www.nhtsa.dot.gov/staticfiles/ 
DOT/NHTSA/Vebicle%20Safety/Articles/Associated%20 
Files/SummaryFuelEconomyPerformance-2006.pdf. Pro­
jections: AE02008 National Energy Modeling System, 
runs AE02008.D030208F, AE02008.D112607A, 
TRNHIGH.D031408A, HP2008.D031808A, and LP2008. 
D031608A. 
Figure 58. Sales of unconventional light-duty vehi­
cles by fuel type, 2008 and 2030: AE02008 National En­
ergy Modeling System, run AE02008.D030208F. 
Figure 59. Energy use for light-duty vehicles by fuel 
type, 2008 and 2030: AE02008 National Energy Model­
ing System, run AE02008.D030208F. 
Figure 80. Annual electricity sales by sector, 
1980-2030: History: Energy Information Administration, 
Annual Energy Review 2006, DOE/EIA-0384(2006) (Wash­
ington, DC, June 2007). Projections: Table AB. 
Figure 61. Electricity generation by fuel, 2008 and 
2030: Table AB. 
Figure 82. Electricity generation capacity additions 
by fuel type, including combined heat and power, 
2007-2030: Table A9. 
Figure 83. Levelized electricity costs for new plants, 
2015 and 2030: AE02008 National Energy Modeling Sys­
tem, run AE02008.D030208F. 
Figure 64. Electricity generation capacity additions, 
including combined heat and power, by region and 
fuel, 2007-2030: AE02008 National Energy Modeling Sys­
tem, run AE02008.D030208F. 
Figure 65. Electricity generation from nuclear 
power, 1990-2030: History: Energy Information Admin­
istration, Annual Energy Review 2006, DOE/EIA-0384 
(2006) (Washington, DC, June 2007). Projections: 
AE02008 National Energy Modeling System, runs 
AE02008.D030208F, HM2008.D031608A, LM2008. 
D031608A, HP2008.D031808A, and LP2008.D031608A. 
Figure 88. Nonhydroelectric renewable electricity 
generation by energy source, 2006-2030: Table A16. 
Figure 87. Grid-connected electricity generation 
from renewable energy sources, 1990-2030: History: 
Energy Information Administration, Annual Energy Re­
view 2006, DOE/EIA-0384(2006) (Washington, DC, June 
2007). Projections: Table A16. 
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Figure 68. Levelized and avoided costs for new re­
newable plants in the Northwest, 2030: AE02008 Na­
tional Energy Modeling System, runs AE02008.D030208F, 
IDRENCSTOB.D030408A, and LORENCST08.D030408A. 
Figure 69. Regional growth in nonhydroelectf.c re­
newable electricity generation, 2006-2030: AE02008 
National Energy Modeling System, run AE02008. 
D030208F. 
Figure 70. Fuel prices to electricity generators, 
1995-2030: History: Energy Information Administration, 
Annual Energy Review 2006, DOE/EIA-0384(2006) {Wash­
ington, DC, June 2007). Projections: AE02008 National 
Energy Modeling System, run AE02008.D030208F. 
Figure 71. Average U.S. retail electricity prices, 
1970-2030: History: Energy Information Administration, 
Annual Energy Review 2006, DOE/EIA-0384(2006) (Wash­
ington, DC, June 2007). Projections: Table AS. 
Figure 72. Natnral gas consumption by sector, 
1990-2030: History: Energy Information Administration, 
Annual Energy Review 2006, DOE/EIA-0384 (2004) (Wash­
ington, DC, June 2007). Projections: Table A13. 
Figure 73. Total natural gas consumption, 
1990-2030: History: Energy Information Administration, 
Annual Energy Review 2006, DOE/EIA-0384(2006) {Wash­
ington, DC, June 2007). Projections: AE02008 National 
Energy Modeling System, runs AE02008.D030208F, 
HP2008.D031808A, LP2008.D031608A, HM2008. 
D031608A, and LM2008.D031608A. 
Figure 74. Natural gas conmmption in the electric 
power and non-electric power sectors in alternative 
price cases, 1990-2030: History: Energy Information 
Administration, Annual Energy Review 2006, DOE/EIA-
0384(2006) (Washington, DC, June 2007). Projections: 
AE02008 National Energy Modeling System, runs 
AE02008.D030208F, HP2008.D031808A, and LP2008. 
D031608A. 
Figure 75. Natural gas consumption in the electric 
power and non-electric power sectors in alternative 
growth cases, 1990-2030: History: Energy Information 
Administration, Annual Energy Review 2006, DOE/EIA-
0384(2006) (Washington, DC, June 2007). Projections: 
AE02008 National Energy Modeling System, runs 
AE02008.D030208F, HM2008.D031608A, and LM2008. 
D031608A. 
Figure 76. Lower 48 wellhead and Henry Hub spot 
market prices for natural gas, 1990-2030: History: 
For lower 48 wellhead prices: Energy Information Adminis­
tration, Annual Energy Review 2006, DOE/EIA-0384(2006) 
(Washington, DC, June 2007). For Henry Hub natural gas 
prices: Energy Information Administration, Short-Term 
Energy Outlook Query System, Monthly Natural Gas Data, 
Variable NGHHMCF. Projections: AE02008 National 
Energy Modeling System, run AE02008.D030208F. 
Figure 77. Lower 48 wellhead natural gas prices, 
1990-2030: History: Energy Information Administration, 
Annual Energy Review 2006, DOE/EIA-0384(2006) {Wash­
ington, DC, June 2007). Projections: AE02008 National 
Energy Modeling System, runs AE02008.D030208F, 
HP2008.D031808A, LP2008.D031608A, OGHTEC08. 
D030508A, and OGLTEC08.D030508A. 
Figure 78. Natural gas prices by end-use sector, 
1990-2030: History: Energy Information Administration, 

Annual Energy Review 2006, DOE/EIA-0384(2006) {Wash­
ington, DC, June 2007). Projections: Table A13. 
Figure 79. Average natural gas transmission and dis­
tribution margins, 1990-2030: History: Calculated as 
the difference between natural gas end-use prices and lower 
48 wellhead natural gas prices; Energy Information Admin­
istration, Annual Energy Review 2006, DOE/EIA-0384 
(2006) (Washington, DC, June 2007). Projections: AE0-
2008 National Energy Modeling System, runs AE02008. 
D030208F, HP2008.D031808A, and LP2008.D031608A. 
Figure 80. Natural gas production by source, 
1990-2030: History: Energy Information Administration, 
Office of Integrated Analysis and Forecasting. Projec­
tions: Table Al4. 
Figure 81. Total U.S. natural gas production, 
1990-2030: History: Energy Information Administration, 
Annual Energy Review 2006, DOE/EIA-0384(2006) (Wash­
ington, DC, June 2007). Projections: AE02008 National 
Energy Modeling System, runs AE02008.D030208F, 
HP2008.D031808A, LP2008.D031608A, OGHTEC08. 
D030508A, and OGLTEC08.D030508A. 
Figure 82. Net U.S. imports of natural gas by source, 
1990-2030: History: Energy Information Administration, 
Annual Energy Review 2006, DOE/EIA-0384(2006) (Wash­
ington, DC, June 2007). Projections: AE02008 National 
Energy Modeling System, run AE02008.D030208F. 
Figure 83. Net U.S. imports of liquefied natural gas, 
1990-2030: History: Energy Information Administration, 
Annual Energy Review 2006, DOE/EIA-0384(2006) (Wash­
ington, DC, June 2007). Projections: AE02008 National 
Energy Modeling System, runs AE02008.D030208F, 
HP2008.D031808A, LP2008.D031608A, HM2008. 
D031608A, and LM2008.D031608A. 
Figure 84. Domestic crude oil production by source, 
1990-2030: History: Energy Information Administration, 
Office of Integrated Analysis and Forecasting. Projec­
tions: AE02008 National Energy Modeling System, run 
AE02008.D030208F. 
Figure 85. Total U.S. erode oil production, 1990-
2030: History: Energy Information Administration, An­
nual Energy Review 2006, DOE/EIA-0384(2006) (Washing­
ton, DC, June 2007). Projections: AE02008 National 
Energy Modeling System, runs AE02008.D030208F, 
OGHTEC08.D030508A, and OGLTEC08.D030508A. 
Figure 86. Total U.S. unconventional erode oil pro­
duction, 2006-2030: AE02008 National Energy Modeling 
System, runs AE02008.D030208F, HP2008.D031808A, 
and LP2008.D031608A. 
Figure 87. Liquid fuels consumption by sector, 
1990-2030: History: Energy Information Administration, 
Annual Energy Review 2006, DOE/EIA-0384(2006) (Wash­
ington, DC, June 2007). Pro~ections: Table All. 
Figure 88. EISA2007 RFS credits earned in selected 
years, 2006-2030: AE02008 National Energy Modeling 
System, run AE02008.D030208F. 
Figure 89. Fossil fuel and biofuel content of U.S. 
motor fuel supply, 2006, 2015, and 2030: AE02008 Na­
tional Energy Modeling System, run AE02008.D030208F. 
Fignre 90. Net import share of U.S. liquid fuels con­
sumption, 1990-2030: History: Energy Information Ad­
ministration, Annual Energy Review 2006, DOE/EIA-0384 
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(2006) (Washington, DC, June 2007). Projections: Table 
C4. 

Figure 91. Motor gasoline, diesel fuel, and E85 
prices, 2006-2030: Table A12. 
Figure 92. Average U.S. delivered prices for motor 
gasoline, 1990-2030: History: Energy Information Ad­
ministration, Annual Energy Review 2006, DOE/EIA-0384 
(2006) (Washington, DC, June 2007). Projections: Table 
C5. 

Notes and Sources 

DOE/EIA-0384(2006) (Washington, DC, June 2007), Table 
1.2; Form EIA-3, "Quarterly Coal Consumption and Qual­
ity Report, Manufacturing Plants"; Form EIA-5, "Quar­
terly Coal Consumption and Quality Report, Coke Plants"; 
Form EIA-6A, "Coal Distribution Report"; Form EIA-7A, 
"Coal Production Report"; Form EIA-423, "Monthly Cost 
and Quality of Fuels for Electric Plants Report"; Form 
EIA-906, "Power Plant Report"; Form EIA-920, "Com­
bined Heat and Power Plant Report"; U.S. Department of 
Commerce, Bureau of the Census, "Monthly Report EM 

Figure 93. Coal production by region, 1970-2030: His- 545"; and Federal Energy Regulatory Commission, Form 
tory (short tons): 1970-1990: Energy Information Admin- 423, "Monthly Report of Cost and Quality of Fuels for Elec-
istration (EIA), The U.S. Coal Industry, 1970-1990: Two tric Plants." Projections: AE02008 National Energy 
Decades of Change, DOE/EIA-0559 (Washington, DC, No- Modeling System, run AE02008.D030208F. Note: In-
vember 2002). 1991-2000: EIA, Coal Industry Annual, eludes reported prices for both open market and captive 
DOE/EIA-0584 (various years). 2001-2006: EIA, Annual mines. 
Coal Report 2006, DO~IA-~584(2006) (Washington, ~C, Figure 96. Average delivered coal prices, 1990-2030: 
October 2~0?), and prevtous ISSUes. ~o~ Convermon History: Energy Information Administration (EIA), Quar-
to quadrillion Btu), 1970-2006: Estimation Procedure: terly Coal Report October-December 2006 DOE/EIA-0121 
EIA, Office _!If Inte_grated Analysis ~_d. Forecasting, ~p-__ -{2006/4~gton;-DC,-Marcb-20M)~revious-is---
mates of average heat content by regiOn and year are based sues· EIA, Electric Power Monthly October 2007 DOE/ 
on coal quality data for 2006, collected in various energy EIA:0226(2007/10) (Washington DC October 2007)· and 
surveys (see _sources), an? nati_onal-level e~ates of U.S. EIA, Annual Energy Review 2006, DOE/EIA-0384(2006) 
coal production by year m umts of quadrillion Btu, pub- (Washington DC June 2007) Projections: AE02008 Na-
lished in EIA's Annual Energy Review. Sources: EIA, An- tional Ener~ Modeling Syste~ nms AE02008.D030208F 
nual Energy Review 2006, DOE/EIA-0384(2006) "(Washing- LP200B.D031608A, HP200B.D031808A, LCCSTos: 
ton, DC, June ~007), Table 1._2; Form EIA-3, Qua.rte:ly D030508A, and HCCSTOB.D03050BA Note: Historical' 
Coal sonsumption an~ Quality Report, Manuf~g prices are weighted by consumption but exclude resideD-
Plan~ ; Form EIA-5, Q~rly Coal Cons~ption_ an~ tiallcommercial prices and export free-alongside-ship 
Quality Report, Coke Plants ; Form EIA-6A, Coal DIStri- (f a.s ) prices 
bution Report"; Form EIA-7A, "Coal Production Report"; : · · • • • • 
Form EIA-423, "Monthly Cost and Quality of Fuels for F1gure 97. Carbon dio:ude eJDISBlons by _sector ~d 
Electric Plants Report"; Form EIA-906, "Power Plant Re- fue~, 2008 ~~ 2030: 2006: Energy Int:ormatio~ Adrmms-
port"; Form EIA-920, "Combined Heat and Power Plant tration,Emz.sswnsofGreenhouse~esmtheUmtedStates 
Report"; U.S. Department of Commerce, Bureau of the 2006, DOE/EIA-0573(2006) (Washington, DC, November 
Census, "Monthly Report EM 545"; and Federal Energy 2007). 2030: Table AlB. 
Regulatory Commission, Form 423, "Monthly Report of Figure 98. Carbon dio:Dde emissions, 1990-2030: IDs-
Cost and Quality of Fuels for Electric Plants." Projec- tory: Energy Information Administration, Emissions of 
tions: AE02008 National Energy Modeling System, run Greenhouse Gases in the United States 2006, DOE/EIA-
AE02008.D030208F. Note: For 1989-2030, coal produc- 0573(2006) (Washington, DC, November 2007). Projec-
tion includes waste coal. tions: Table B2. 
Figure 94. U.S. coal production, 2006, 2015, and 2030: Figure 99. Sulfur dio:Dde emissions from electricity 
AE02008 National Energy Modeling System, runs generation, 1995-2030: History: 1995: U.S. Environ-
AE02008.D030208F, LP2008.D031608A, HP2008. mental Protection Agency, National Air Pollutant Emis-
D031808A, LM2008.D031608A, HM2008.D031608A, swns Trends, 1990-1998, EPA-454/R-00-002 (Washington, 
LCCSTOB.D030508A, and HCCST08.D03050BA Note: DC, March 2000). 2000: U.S. Environmental Protection 
Coal production includes waste coal. Agency, Acid Rain Program Preliminary Summary Emis-
Figure 95. Average minemouth price of coal by swns Report, Fourth Quarter 2004, web site www.epa.gov/ 
region, 1990-2030: History: Dollars per short ton: airmarkets/emissions/prelimarp/index.html. 2006 and 
1990-2000: Energy Information Administration (EIA), Projections: AE02008 National Energy Modeling Sys-
Coal Industry Annual, DOE/EIA-0584 (various years). tem, run AE02008.D030208F. 
2001-2008: EIA, Annual Coal Report 2006, DOE/EIA-0584 Figure 100. Nitrogen o:Dde emissions from electric-
(2006) (Washington, DC, October 2007), and previous is- ity generation, 1995-2030: History: 1995: U.S. Environ-
sues. Conversion to dollars per million Btu): 1990- mental Protection Agency, National Air Pollutant Emis-
2006: Estimation Procedure: EIA, Office of Integrated swns Trends, 1990-1998, EPA-454/R-00-002 (Washington, 
Analysis and Forecasting. Estimates of average heat con- DC, March 2000). 2000: U.S. Environmental Protection 
tent by region and year are based on coal quality data for Agency, Acid Rain Program Preliminary Summary Emis-
2006, collected in various energy surveys (see sources), and swns Report, Fourth Quarter 2004, web site www.epa.gov/ 
national-level estimates of U.S. coal production by year in airmarkets/emissions/prelimarp/index.html. 2006 and 
units of quadrillion Btu published in EIA's Annual Energy Projections: AE02008 National Energy Modeling Sys-
Review. Sources: EIA, Annual Energy Review 2006, tem, run AE02008.D030208F. 
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Appendix A 

0 Reference Case 
Table A1. Total Energy Supply and Disposition Summary 

(Quadrillion Btu per Year, Unless Otherwise Noted) 

Reference Case Annual 

Supply, Disposition, and Prices Growth 

I I I I I I 2006-2030 
2005 2006 2010 2015 2020 2025 2030 (percent) 

Production 
Crude Oil and Lease Condensate .• . ... . ...•• 10.99 10.80 12.76 13.25 13.40 12.99 12.04 0.5% 
Natural Gas Plant Uquids ............... ... 2.33 2.36 2.27 2.29 2.31 2.17 2.11 .0.5% 
Dry Natural Gas . • ... .. . • . • ..•.•.•.. • .• • •. 18.60 19.04 19.85 20.08 20.24 20.17 20.00 0.2% 
Coal' .... ... ... ..... ... .. .. ... ....... .. 23.19 23.79 23.97 24.48 25.20 26.85 28.63 0.8% 
Nuclear Power •. ...• . ... • . ... . . . ..•..•. . . 8.16 8.21 8.31 8.41 9.05 9.50 9.57 0.6% 
Hydropower ..• . . • • . . . . .... . .. . .. . .•. • . . • 2.70 2.89 2.92 2.99 3.00 3.00 3.00 0.2% 
Biomass" • . . •.• • .. •.•• . . .• • . ... • .. • ••... 2.79 2.94 4.05 5.12 6.42 8.00 8.12 4.3% 
Other Renewable Energy' ••. .. . ... .. . . • . ... 0.67 0.88 1.51 1.75 2.00 2.25 2.45 4.4% 
Other' ····· ········ ····· ···· ······ ····· 0.36 0.50 0.54 0.58 0.58 0.61 0.64 1.1% 

Total •••• • • • •••• • • • • • • ••••••••• • • • •••• 69.80 71 .41 76.17 78.96 82.21 85.53 86.56 0.8% 

Imports - - ------- --- ----- ----
Crude Oil .• .. . . ..•.... .• . • •...• •.. • .• .•. 22.09 22.08 21.14 21.80 21.58 22.38 24.41 0.4% 
Uquld Fuels and Other Petroleum• . . . . . •.• . . • 7.23 7.21 5.61 5.34 5.43 5.28 5.44 ·1.2% 
Natural Gas • •. .•. •.. ... . • . .. . . . . . ....•.. 4.45 4.29 4.80 5.12 4.68 4.63 4.64 0.3% 
Other Imports• . ...... . .. .• ...•......•..•. 0.85 0.98 0.95 1.04 1.93 2.23 2.74 4.4% 

Total ••••• • •••••••• • •••••••••••••••••• 34.62 34.57 32.49 33.31 33.62 34.52 37.22 0.3% 

Exports 
Petroleum• ...... . .. • .. .. . • .... . ...•. . . • . 2.32 2.80 2.82 2.91 2.98 3.17 3.33 1.0% 
Natural Gas .... ...• • . ... • . ...••.. ... . . .• 0.74 0.73 0.84 0.97 1.02 1:25 1.36 2.6% 
Coal •..•.. .... .•.•.. . . .. .•..... .. . . . • •. 1.27 1.26 1.79 1.14 0.87 0.90 0.88 -1.5% 

Total .• • •.••••••• . •. . •• • •••. • •••• : • ••• 4.32 4.59 5.45 5.03 4.87 5.32 5.56 0.8% 

0 Dlscrepanc:y" ••••••••• • •••••••••••••• • •••• 0.01 1.87 .0.13 .0.01 0.12 0.19 0.21 

ConsumpUon 
Uquid Fuels and Other Petroleum• . .... •.. . • • 40.47 40.06 40.46 41.80 42.24 42.78 43.99 0.4% 
Natural Gas . ...... .. . . .. ...•. . . ... ... .. . 22.65 22.30 23.93 24.35 24.01 . 23.66 23.39 0.2% 
Coat•• ...• • . • ..... . . • • ... .. . . .. . .... . ... 22.78 22.50 23.03 24.19 25.87 27.75 29.90 1.2% 
Nuclear Power . . • .... . . . . .. ...... • .. . .... 8.16 8.21 8.31 8.41 9.05 9.50 9.57 0.6% 
Hydropower .. . ....•..• • . ....••.... .. .... 2.70 2.89 2.92 2.99 3.00 3.00 3.00 0.2% 
Biomass" ... .. ..... ... ....... .... .. ... . 2.45 2.50 3.01 3.60 4.50 5.42 5.51 3.3% 
Other Renewable Energy' . .... . . .... . . . . . . . 0.67 0.88 1.51 1.75 2.00 2.25 2.45 4.4% 
Other•• .. •. . .•.. .. • .. . . . . . ... . . • .. . .. . .. 0.21 0.19 0.18 0.17 0.17 0.18 0.20 0.3% 

Total ••••••••••••••••••••• • •••••• • •••• 100.08 99.52 103.34 107.26 110.85 114.54 118.01 0.7% 

0 
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Table A 1. Total Energy Supply and Disposition Summary (Continued) 
(Quadrillion Btu per Year, Unless Otherwise Noted) 

Reference Case 

Supply, Disposition, and Prices 

I I 1 2015 I I 2005 2006 2010 2020 2025 

Prices (2006 dollars per unit) 
Petroleum (dollars per barrel) 

Imported Low Sulfur Ugh! Crude Oil Price • • . . 58.28 66.02 74.03 59.85 59.70 64.49 
Imported Crude Oil Price10 

•••••••••••••• • • 50.40 59.05 65.18 52.03 51.55 55.68 
Natural Gas (dollars per million Btu) 

Price at Henry Hub . .. .•....••.•..•••.•.. 8.93 6.73 6.90 5.87 5.95 6.39 
Wellhead Price1

' ••• • ••••••••••• • •••••• •• 7.62 6.24 6.16 5.21 5.29 5.69 
Natural Gas (dollars per thousand cubic feet) 

Wellhead Price1' ••• •• •••••••••• • ••• •• ••• 7.85 6.42 6.33 5.36 5.44 5.86 
Coal (dollars per ton) 

Mlnemouth Price11 ..... ... ... ... ... .... . 24.08 24.63 26.16 23.38 22.51 22.75 
Coal (dollars per million Btu) 

Mlnemou!h Price11 ....... ..... .... ..... . 1.18 1.21 1.28 1.17 1.14 1.16 
Average Delivered Price11 

•• •• ••• • ••• • ••• • • 1.67 1.78 1.93 1.80 1.77 1.78 
Average Electricity Price (cents per kflowatthour) 8.4 8.9 9.2 8.5 8.6 8.7 

' Includes waste cael. 

Annual 
Growth 

1 2030 
~006-2030 
(percent) 

70.45 0.3% 
58.66 -o.O% 

7.22 0.3% 
6.45 0.1% 

6.63 0.1% 

23.32 -o.2% 

1.19 .0.1% 
1.82 0.1% 
8.8 -o.O% 

'Includes grid-connected electricity from wood and waste; biomass, such as com, used for fiquld fuels production; and non-<~lectric energy demand from wood. 
Refer to Table A17 for detans. 

'Includes grid-connected electrlcily from landffll gas; biogenic municipal waste; wind; photovoltalc and solar thennel sources; and non-electric energy from 
renewable sources, such as ecllve and passive solar systems. Excludes electricity Imports using renewable sources and nonmerlleted renewable energy. See 
Table A17 for selected nonmarlleted residential and commercial renewable energy. 

'Includes 11011-bloganlc municipal wasle, liquid hydrogen, methanol, end some domestic Inputs to refineries. 
'Includes Imports of finished petroleum products, unfinished ofis, alcohols, ethers, blending componeniS, and renewable fuels such as ethanol. 
'Includes coal, coal coke (net), and electricity (net). 
'Includes crude ol and petroleum products. 
'Balancing Hem. Includes unaccounted for supply, losses, gains, and net storage withdrawals. 
'Includes pelroleUIIH!erived fuels and non-petroleum derived fuels, such as ethanol, blodlesel, and cael-based synthetic Hqulds. Petroleum coke, which Is a 

solid, Is Included. Also Included are natural gas plant liquids, crude on consumed as a fuel, and Dquld hydrogen. Refer to Table A 17 for detailed renewable Dquld 
fuels consumption. 

''Excludes coal converted to cael-based synthetic fiqukls. 
"Includes grid-connected electricity from wood and wood wasle, non-<~leclrlc energy from wood, and blofuels heat and coproduciS used In the production of 

Uquld fuels, but excludes the energy content of the Uquld fuels. 
"'ncludes non-biogenic municipal waste and net electricity Imports. 
"Weighted average price delivered to U.S. raflners. 
''Represenls lower 48 onshore and offshore supplies. 
"'ncludes reported prices for both open marllet and capUve mines. 
"Prices weighted by consumption; weighted average excludes resldenUel and commercial prices, and export free-alongside-ship (f.a.s.) prices. 
Btu = BriUsh thennal unfl 
- - = Not appUcable. 
Note: Totals mey not equal sum of components due to lndepandent rounding. Data for 2005 and 2008 are model results and may diHer sBghlly from official EIA 

data reports. 
Sources: 2005 natural gas supply values: Energy Information Administration (EIA), Natural Gas Annual 2005, DOEJEIA-o131 (2005) (Washington, DC. 

November 2006). 2006 natural gas supply values and natural gas wellhead price: EIA, Natvral Gas Monthly, DOEJEIA..()130(2007104) (Washington, DC, April 
2007). 2005 natural gas wenhead price: Minerals Management Service and EIA, Natural Gas Annual 2005, DOEJEIA..()131 (2005) (Washington, DC, November 
2006). 2005 and 2006 coal mlnemouth and defivered coal prices: EIA. Annual Coal Report 2006, DOEJEIA-o584(2006) (Washington, DC, November 2007). 2006 
petroleum supply values and 2005 crude oD and lease condensate production: EIA, Petroleum Supply Annua/2006, DOE/EIA-0340(2006)11 (Washington, DC, 
September 2007). Other 2005 petroleum supply values: EIA. Petroleum Supply Annua/2005, DOEJEIA..()340(2005)11 (Washington. DC, October 2008). 2005 and 
2008 low sulfur light crude on price: EIA, Form EIA-856, "Monthly Foreign Crude 011 AcqulsiUon Report.• Other 2005 end 2006 coal values: Quarterly Coal Report. 
October-December 2006, DOEIEIA-o121 (2006/40) (Washlnglon, DC, March 2007). Other 2005 and 2006 values: EIA. Annual Energy Review 2006, DOEJEIA-
0384(2006) (Washington, DC, June 2007). Projections: EIA. AE0200B National Energy ModeUng System run AE02008.0030208F. 
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Reference Case 

0 TableA2. Energy Consumption by Sector and Source 
(Quadrillion Btu per Year, Unless Otherwise Noted) 

Reference Case Annual 

Sector and Source Growth 

I I I I I I 2006-2030 
2005 2006 2010 2015 2020 2025 2030 (percent) 

Energy Consumption 

Residential 
Uquefled Petroleum Gases . . .. •. • ..•. • . . 0.50 0.47 0.48 0.50 0.52 0.54 0.55 0.7% 
Kerosene ...•.•. ..•.••• ..... .. .. .. . .• 0.09 0.07 0.08 0.08 0.08 0.08 0.08 0.5% 
Distillate Fuel 011 ...• . .. • . •.... . •.• . .. . 0.85 0.70 0.75 0.75 0.73 0.69 0.65 -o.3% 

Uquld Fuels and Other Petroleum Subtotal . 1.45 1.25 1.31 1.33 1.33 1.31 1.29 0.1% 
Natural Gas •.•..•• . ..•....••. . . ...•.. 4.97 4.50 4.95 5.16 5.30 5.35 5.32 0.7% 
Coal ... . ..• • .••. . . . . ...•••• .• • • .. . •. 0.01 0.01 0.01 0.01 0.01 0.01 0.01 -o.4"1o 
Renewable Energy' •.. .• . ...•... ..• •. •. 0.45 0.41 0.44 0.42 0.40 0.39 0.38 -o.3"1o 
Electricity .••........... • ..•.... . . • .•• 4.64 4.61 4.95 5.02 5.25 5.53 5.88 1.0% 

Delivered Energy ••• • •••••••••• •• •••• 11.52 1o.n 11.66 11.95 12.30 12.58 12.88 0.7% 
Electricity Related Losses • . •..•• . ..•.. . • 10.12 10.04 10.59 10.61 11.08 11.57 12.14 0.8% 
Total ······························ 21.64 20.82 22.25 22.56 23.39 24.15 25.01 0.8% - --- - - --

Commercial 
Uquefied Petroleum Gases .. . •. . . . . . • . • . 0.09 0.08 0.09 0.09 0.09 0.09 0.09 0.6% 
Motor Gasoline• • •. . . . •.•. •• ..• . ... •..• 0.05 0.05 0.05 0.05 0.05 0.05 0.05 0.4% 
Kerosene ...•. . ... • ..• . . . ........•... 0.02 0.02 0.02 0.02 0.02 0.02 0.02 0.2% 
Distillate Fuel 011 ..... •. .. . .........•.. 0.45 0.42 0.38 0.41 0.41 0.42 0.41 -o.O% 
Residual Fuel 011 .•.•............• . • • .. 0.12 0.11 0.10 0.10 0.10 0.10 0.10 -o.4% 

l Uquld Fuels and Other Petroleum Subtotal . 0.72 0.68 0.63 0.67 0.68 0.68 0.68 0.0% 
Natural Gas ...••.. .. ........• • .. . ..•. 3.09 2.92 3.04 3.29 3.47 3.63 3.78 1.1% 

~Coal .••• . •..•...•. .• ..••...• . .. • .•••. 0.09 0.08 0.08 0.08 0.08 0.08 0.08 -o.1% 
Renewable Energy" •. . .••• . ••...• .• .• . • 0.13 0.13 0.13 0.13 0.13 0.13 0.13 

0 Electricity . . . . . . • . . . . . . . . • . . . .. ....... 4.35 4.43 4.73 5.19 5.67 6.15 6.62 1. 7"'o 
Delivered Energy •••••••••••••••••••• 8.38 8.25 8.62 9.37 10.03 10.67 11.30 1.3% 

Electricity Related Losses • . ..•• .. . .. . .• • 9.50 9.66 10.12 10.98 11 .96 12.87 13.68 1.5% 
Total ............ ............. ...... 17.87 17.91 18.74 20.34 21.98 23.54 24.98 1.4% 

Industrial" 
Uquefted Petroleum Gases • . . .• . . . ..• . .. 2.07 2.09 2.12 1.97 1.83 1.74 1.71 -Q.8% 
Motor Gasoline• ... . . ....•.•...... . • •. . 0.37 0.38 0.38 0.37 0.37 0.38 0.38 0.1% 
Distillate Fuel 011 ......... .... . .. ..... . 1.26 1.28 1.29 1.25 1.23 1.22 1.23 ·0.2% 
Residual Fuel 011 .•... . . . ..•.......•• 0.28 0.28 0.28 0.25 0.23 0.23 0.23 -o.9% 
Petrochemical Feedstocks .... .. ...... .. 1.41 1.41 1.36 1.45 1.39 1.33 1.29 -o.4% 
Other Petroleum• • •.•. • .....•...•.•••. . 4.39 4.48 4.25 4.30 4.22 4.25 4.41 -o.1"1o 

Uquld Fuels and Other Petroleum Subtotal • 9.79 9.92 9.67 9.60 9.27 9.15 9.25 -o.3% 
Natural Ges ... ..... . .. • ..•..•.. . • . .. . 6.79 6.68 7.16 7.21 7.14 7.17 7.08 0.2% 
Naturai-Gas-to-Uqulds Heat and Power . ... 0.00 0.00 0.00 0.00 0.00 0.00 0.00 
Lease and Plant Fuel" . . ... ..... .. ...... 1.14 1.17 1.21 1.22 1.25 1.27 1.27 0.3% 

Natural Gas Subtotal .•. .•. .•..• . . •... • 7.93 7.85 8.37 8.43 8.39 8.44 8.35 0.3% 
Metallurgical Coal ... ····· ······ ···· ... 0.62 0.60 0.60 0.54 0.54 0.52 0.48 -o.9% 
Other Industrial Coal . . .. . .... .. . . . . . .. . 1.28 1.26 1.31 1.22 1.20 1.19 1.18 -o.3% 
Coal-to-Uqulds Heat and Power .•......• . 0.00 0.00 0.00 0.13 0.34 0.39 0.55 
Net Coal Coke Imports ··· ·········· ···· 0.04 0.06 0.03 0.03 0.04 0.04 0.04 ·1 .8% 

Coal Subtotal .. . .. ............. . . . . . . 1.94 1.92 1.93 1.92 2.11 2.14 2.26 0.7% 
Blofuels Heat and Coproducts . . •..... . • . . 0.24 0.30 0.67 1.00 1.49 2.28 2.31 8.9% 
Renewable Energy' ... ........ ..... ... . 1.64 1.69 1.66 1.75 1.83 1.93 2.02 0.7% 
Electricity • • . . . . . . . . . . . . . . . . . . • • . • .. • . 3.48 3.42 3.50 3.61 3.59 3.55 3.52 0.1% 

Delivered Energy •••••••••••••••••••• 25.03 25.10 25.82 26.31 26.70 27.50 27.70 0.4% 
Electricity Related Losses . • . . . . • . . . . . . . . 7.59 7.45 7.50 7.63 7.57 7.43 7.28 -o.1"1o 
Total ..... ................. ........ 32.62 32.55 33.32 33.93 34.27 34.93 34.98 0.3% 

0 
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Table A2. Energy Consumption by Sector and Source (Continued) 
(Quadrillion Btu per Year, Unless Otherwise Noted) 

Sector and Source 

Transportation 
Uquefied Petroleum Gases 0 0 0 0 0 0 0 0 0 0 0 0 0 0 
E851 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 
Motor Gasoline• o o o o o 0 0 0 0 0 0 0 o o 0 0 0 0 0 0 0 0 0 
Jet Fuel1 0 0 0 0 0 0 0 0 o 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 
Distillate Fuel 01110 o o 0 0 0 0 o o o o 0 o o o o o o o o o o 
Residual Fuel Oil o o o 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 
Uquid Hydrogen o o o o 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 
Other Petroleum" o 0 o 0 o o o o o o o o o 0 0 0 0 0 0 0 0 

Uquld Fuels and Other Petroleum Subtotal 0 
Pipeline Fuel Natural Gas 0 • 0 0 o o o 0 0 0 0 0 0 0 0 
Compressed Natural Gas 0 0 0 o o o o 0 0 0 0 0 0 0 0 
Bectrlcity 0 0 0 o 0 o o o o o 0 0 0 0 0 0 0 0 0 o 0 0 0 0 0 0 0 0 

Delivered Energy • • •••••••••••••••••• 
Electricity Related Losses 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 
Total •••••••••••••••••••••••••••••• 

Delivered Energy Consumption for All 
Sectors 

Uquefied Petroleum Gases 0 0 o o o o 0 0 0 0 0 0 0 0 
E851 0 0 0 0 0 0 0. 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 
Motor Gasoline• o • o o o 0 0 o o o o o o o o 0 0 0 0 o o o o 
Jet Fuel" 0 0 0 0 0 o o o o o 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 
Kerosene 0 o o o o o o o o o 0 0 o o o o o o o o 0 0 0 o 0 o o o 
Distillate Fuel Oil o o o o 0 0 0 0 0 0 o 0 o o 0 0 0 0 0 0 0 0 
Residual Fuel Oil 0 0 o 0 0 0 0 0 0 0 0 o o 0 0 0 0 0 0 0 0 0 
Petrochemical Feedstocks o o o o o o 0 0 0 0 0 0 0 0 
Uquid Hydrogen o o o o o o 0 o o o o o o o 0 0 0 0 o o o o 
Other Petroleum•• 0 o 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 

Uquid Fuels and Other Petroleum Subtotal 0 
Natural Gas 0 0 0 o o o o 0 0 0 0 0 0 0 o 0 o o 0 0 0 0 0 0 0 0 
Naturai-Gas-to-Uqulds Heat and Power o o o o 
Lease and Plant Fuei1 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 
Pipeline Natural Gas o o o o o o o o o o o o o o o o o o o 

Natural Gas Subtotal 0 0 0 0 o o o o o o 0 0 0 0 0 0 o 0 
Metallurgical Coal o • 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 
Other Coal o 0 o o o o o o o 0 o o 0 •o o o o o 0 0 o o o o o o 
Coal-to-Uqulds Heat and Power 0 0 0 0 0 0 0 0 0 o 
Net Coal Coke Imports 0 0 0 0 0 0 0 o 0 0 0 0 0 0 0 0 0 
Coal Subtotal o o o o o 0 0 0 0 o o 0 o o o o 0 0 0 0 0 0 o o 

Blofuels Heat and Coproducts o o o o 0 0 o 0 o o o o 
Renewable Energy" o o o o o o o o o o o o o o o o o o o 
Electricity o o o o o o o o o o o o o o o o o o o o 0 0 0 o o o o o 

Delivered Energy •••••••••••••••••••• 
Electricity Related Losses o o o o • o o 0 0 0 0 o o o o 
Total •••••••••• •• •••••••••••••••••• 

Electric Power•• 
Distillate Fuel Oil o o o 0 0 0 0 0 0 0 0 0 0 0 0 0 0 •• 0 0 0 
Residual Fuel Oil • o o • . • o o o o o •. . 0 0 • •• o o . 

Uquid Fuels and Other Petroleum Subtotal 0 
Natural Gas •• o o o o o 0 0 ••• o ••• o o 0 0 0 0 •. 0 o 
Steam Coal 0 0 0 • • o o 0 0. 0 0 0 0 0. 0 0 0 0 •• 0 0 0 0 
Nuclear Power o o o o o 0 o o 0 o o •• o o o 0 0 0 0 o o • o 
Renewable Energy•• o o o o o o o o . o 0 0 0 o o o • o o 
Electricity Imports o o 0 0 0 o 0 o 0 o • o 0 • 0 0 0 0 0 o 0 
Total'" •••••••••••••••••••• • •••••••• 

Annual 
Growth 

~----r-,----r-,----r-,----~~----~,----~,-----L200~~30 
2005 ~06 ~10 2015 2020 2025 2030 (percent) 

Reference Case 

0001 
OoOO 

17002 
3o22 
5o99 
Oo83 
OoOO 
Oo19 

27026 
Oo60 
Oo02 
Oo02 

27.90 
0005 

27.95 

2o68 
OoOO 

17.44 
3o22 
0014 
8o56 
1022 
1o41 
0.00 
4o55 

39o23 
14o86 
OoOO 
1o14 
Oo60 

16061 
Oo62 
1.38 
OoOO 
Oo04 
2004 
0024 
2.22 

12o49 
72.82 
27026 

100.08 

Oo21 
1o03 
1024 
6004 

20o74 
8o16 
3.49 
0008 

39.73 

Oo02 
OoOO 

17020 
3o16 
6o18 
Oo83 
OoOO 
0.18 

27057 
Oo59 
Oo02 
Oo02 

28.20 
0005 

28.25 

2.65 
OoOO 

17o62 
3o16 
0.11 
8o59 
1o23 
1041 
OoOO 
4o64 

39o41 
14o12 

OoOO 
1o17 
Oo59 

15088 
Oo60 
1o35 
OoOO 
Oo06 
2001 
0030 
2o23 

12.49 
72.32 
27019 
99.52 

Oo18 
0046 
Oo64 
6042 

20o48 
8021 
3o74 
0006 

39.68 

0002 
0000 

17o25 
3044 
6o54 
Oo85 
OoOO 
0017 

28o29 
Oo64 
Oo04 
0002 

28.98 
Oo05 

29.03 

2o70 
OoOO 

17.68 
3o44 
0.12 
8o97 
1o23 
1o36 
OoOO 
4040 

39090 
15o19 

OoOO 
1o21 
Oo64 

17004 
Oo60 
1o40 
OoOO 
Oo03 
2o03 
Oo67 
2023 

13020 
75.08 
28o26 

103.34 

Oo18 
0038 
Oo56 
6o89 

21 o01 
8031 
4053 
Oo05 

41.46 

Oo01 
Oo18 

17046 
3o82 
7o13 
0085 
OoOO 
Oo18 

29063 
0066 
0006 
Oo02 

30.37 
0005 

30.42 

2057 
Oo18 

17o89 
3082 
Oo12 
9055 
1021 
1045 
OoOO 
4o45 

41 o23 
15o72 
0000 
1022 
0066 

17o60 
0054 
1o31 
Oo13 
0003 
2o01 
1o00 
2o29 

13o85 
77.99 
29027 

107.26 

Oo18 
Oo39 
0057 
6o75 

22o18 
8o41 
5o05 
0004 

43.12 

Oo01 
Oo97 

16o56 
4o15 
7063 
Oo86 
OoOO 
Oo18 

30o37 
Oo69 
0007 
Oo03 

31.15 
0006 

31.21 

2o45 
0097 

16o99 
4015 
Oo13 

10o00 
1019 
1o39 
OoOO 
4o38 

41o65 
15o98 
OoOO 
1025 
Oo69 

17o93 
Oo54 
1o29 
0034 
0004 
2.21 
1o49 
2o37 

14o54 
80.18 
30o67 

110.85 

Oo20 
Oo39 
Oo59 
6009 

23o67 
9o05 
5o64 
Oo04 

45.21 

0001 
1042 

15o83 
4.48 
8025 
Oo86 
OoOO 
Oo18 

31o03 
Oo72 
Oo08 
0003 

31.86 
Oo06 

31.92 

2039 
1o42 

16o26 
4o48 
Oo13 

10o58 
1o19 
1o33 
OoOO 
4o41 

42o17 
16022 
OoOO 
1027 
Oo72 

18.22 
0052 
1o28 
Oo39 
Oo04 
2o23 
2o28 
2.45 

15026 
82.61 
31o93 

114.54 

0021 
0040 
Oo61 
5o45 

25o51 
9050 
5o94 
0005 

47.19 

Oo01 
1o34 

15097 
4o79 
8o98 
Oo87 
OoOO 
Oo18 

32.15 
0072 
0.08 
0.03 

32.98 
Oo06 

33.04 

2o37 
1o34 

16040 
4o79 
0013 

11o28 
1o20 
1.29 
0000 
4o56 

43o37 
16027 
OoOO 
1o27 
0.72 

18o26 
Oo48 
1o27 
Oo55 
Oo04 
2o35 
2o31 
2o52 

16o05 
84.86 
33o16 

118.01 

0023 
Oo40 
Oo63 
5o13 

27.55 
9o57 
6o13 
Oo08 

49.21 

·1 o0% 
3305% 
..()03% 
1o8% 
1o6% 
002% 

4408% 
OoO% 
Oo6% 
Oo8% 
600% 
1o3% 
0.7% 
1o1% 
0.7% 

·Oo5% 
33o5% 
..()03% 
1.8"/o 
004% 
1.1% 

·Oo1% 
..()04% 
4408% 
-Do1% 
Oo4% 
Oo6% 

Oo3% 
Oo8% 
Oo6% 

·Oo9% 
-Do3% 

·108% 
Oo6% 
8o9% 
Oo5% 
1o1% 
0.7% 
Oo8% 
0.7% 

Oo9% 
-Do6% 
-o.1% 
..()09% 
1o2% 
Oo6% 
2o1% 
1o0% 
0.9% 
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Reference Case 

Table A2. Energy Consumption by Sector and Source (Continued) 
(Quadrillion Btu per Year, Unless Otherwise Noted) 

Reference Case 

Sector and Source 

I I I t 2005 2006 2010 2015 2020 

Total Energy Consumption 
Liquefied Petroleum Gases ..•.. • • .. . . .. . 2.68 2.65 2.70 2.57 2.45 
E851 

.• ••• . ••• . ••• • . .• • . • . . . • . .• ••• . . 0.00 0.00 0.00 0.18 0.97 
Motor Gasoline• ..... . . . . . . . ..... . . ...• 17.44 17.62 17.68 17.89 16.99 
Jet Fuel' . . •... . . .. ...• . . . .. . . . . . ....• 3.22 3.16 3.44 3.82 4.15 
Kerosene ......... • . . .. . .•. •. . . . . ..•. 0.14 0.11 0.12 0.12 0.13 
Distillate Fuel Oil . •.... . . • . • .. • . .• • •.•. 8.76 8.n 9.15 9.73 10.20 
Rasldual Fuel Oil ..... . .• .. . . ......•.•. 2.26 1.69 1.60 1.59 1.58 
Petrochemical Feedstocks ..... ... ....... 1.41 1.41 1.36 1.45 1.39 
Uquld Hydrogen ··· · ···· ···· · ···· ····· 0.00 0.00 0.00 0.00 0.00 
Other Petroleum•• .. . .. . . .. . . ...•..••.. 4.55 4.64 4.40 4.45 4.38 

Uquld Fuels and Other Petroleum Subtotal . 40.47 40.06 40.46 41.80 42.24 
Natural Gas . . • . . •. .. ... •. ... .. . • .••.. 20.90 20.54 22.08 22.47 22.07 
Naturai-Gas-to-Uqulds Heat and Power .•.. 0.00 0.00 0.00 0.00 0.00 

Annual 
Growth 

I I 006-2030 
2025 2030 (percent) 

2.39 2.37 -0.5% 
1.42 1.34 33.5% 

16.26 16.40 .{).3% 
4.48 4.79 1.8% 
0.13 0.13 0.4% 

10.79 11.51 1.1% 
1.59 1.60 .{).2% 
1.33 1.29 .{).4% 
0.00 0.00 44.8% 
4.41 4.56 -D.1% 

42.78 43.99 0.4% 
21.67 21.40 0.2".4 

0.00 0.00 
Uiase and Plant Fuel~ •. . -:-:-: . . . • . . . . . . . . - -- n 4 - ·r.Tr ·1.21-- az--1."2r- --r:27 --,:v---o:3%""" 
Pipeline Natural Gas . ..• . . . .. . . •• ..• . .. 0.60 0.59 0.64 0.66 0.69 0.72 0.72 0.8% 

Natural Gas Subtotal •. . . . .•. •. . . . ..••. 22.65 22.30 23.93 24.35 24.01 23.66 23.39 0.2% 
Metallurgical Coal ..... . ...... ... .. .. .. 0.62 0.60 0.60 0.54 0.54 0.52 0.48 -D.9% 
Other Coal .... • . ... . . •• . ... . ... . • .... 22.12 21 .83 22.41 23.49 24.96 26.79 28.82 1.2% 
Coal-to-Uqulds Heat and Power . . .... • .•. 0.00 0.00 0.00 0.13 0.34 0.39 0.55 
Net Coal Coke Imports · ·· ··· ··· ···· · ··· 0.04 0.06 0.03 0.03 0.04 0.04 0.04 -1.8% 

Coal Subtotal ••.. . .. . .. . . . . .......... 22.78 22.49 23.03 24.19 25.87 27.75 29.90 1.2% 
Nuclear Power .... .... .. . . •.. . .......• 8.16 8.21 8.31 8.41 9.05 9.50 9.57 0.6% 
Blofuels Heat and Coproducts ..• . •• •• .•.. 0.24 0.30 0.67 1.00 1.49 2.28 2.31 8.9% 
Renewable Energy" ·· ···· ············· 5.71 5.97 6.76 7.34 8.01 8.39 8.66 1.6% 
Electricity Imports ·· ·· · · ··· · ·· ... . .. . .. 0.08 0.06 0.05 0.04 0.04 0.05 0.08 1.0% 
Total ................ .............. 100.08 99.52 103.34 107.26 110.85 114.54 118.01 0.7% 

Energy Use and Related StaUstlcs 
Delivered Energy Use . .. . ... .. ... ... .. .. 72.82 72.32 75.08 n.99 80.18 82.61 84.86 0.7% 
Total Energy Use . •• • . . ... .•. • • •.•• . . . . • 100.08 99.52 103.34 107.26 110.85 114.54 118.01 0.7% 
Ethanol Consumed In Motor Gasoline and E85 0.34 0.47 1.05 1.34 1.82 2.06 2.01 6.2% 
Population (millions) . ....... ...... ...... 297.34 300.13 310.85 324.29 337.74 351 .41 365.59 0.8% 
Gross Domestic Product (billion 2000 dollars) 11004 11319 12453 14199 15984 17951 20219 2.4% 
Carbon Dioxide Emissions (million metric tons) 5981.5 5890.3 6010.6 6226.2 6384.1 6570.6 6851.0 0.6% 

'Includes wood used far residential heating. See Table A4 and/or Table A17 for estimates of nanmarkeled renewable energy consumption far geothermal heat 
pumps, solar thermal hal water heating, and solar phatavallalc electricity generation. 

'Includes ethanol (blends of 1 0 percent or less) and ethers blended Into gesanne. 
'Excludes ethanol. Includes commercial sector consumption of woad and wood waste, landfill ges, municipal waste, and ather biomass far combined heal and 

power. See Table AS and/or Table A 17 far estimates of nanmarketed renewable energy consumption far solar thermal hal water heating and solar phalovailalc 
electricity generation. 

41ncludes energy far combined heat and power plants, except those whose primary business Is to sell electricity, or eleclrfclty and hea~ to the public. 
'Includes petroleum cake, asphall, road an, lubricants, sUit gas, and mlsceDaneous petroleum products. 
'Represents natural gas used In weD, field, and lease aperalians, and In natural gas processing plant machinery. 
'Includes consumption of energy produced from hydroelectric. woad and wood waste, municipal waste, and ather biomass sources. Excludes ethanol blends 

(10 percent or less) In motor gasaDna. 
'EBS refers to a bland of 85 percent ethanol (renewable) and 15 percent motor gasonne (nonrenewable). To address cold startlng Issues, the percentage of 

ethanol vaJfes seasonally. The annual average ethanol content of 74 percent is used far this forecasl 
'Includes only kerosene type. 
''Diesel fuel for an- and all- road use. 
"Includes aviation gasanne and lubricants. 
"Includes unfinished ails, natural gasoline, motor gasoline blending components, aviation gasoline, lubricants, sUit gas, asphal~ road on, petroleum cake, and 

miscellaneous petroleum products. 
"Includes electricity generated far sale to the grid and far awn use from renewable sources, and nan-electric energy from renewable sources. Excludes eU1anal 

and nanmerketed renewable energy consumption far geothermal heel pumps, buildings phatavaltalc systems, and solar thermal hat water heaters. 
"Includes consumption of energy by electricity-only and combined heat and power plants whose primary business Is to sen electricity, or electricity and heat, to 

the public. Includes sman power producers and exempt wholesale generators. 
"Includes conventional hydroelectric, geothermal, wood and woad waste, biogenic municipal waste, ather biomass, petroleum cake, wind, photavallalc and solar 

thermal sources. Excludes net electricity Imparts. 
"Includes nan-biogenic municipal waste nat Included above. 
"Includes canvenUanal hydroelectric, geothermal, wood and wood waste, biogenic municipal waste, other biomass, wind, phalavollalc and solar thermal 

sources. Includes petroleum cake used In the electric power sector. Excludes ethanol, net electricity imparts, and nanmarkeled renewable energy consumption far 
geothermal heel pumps, buildings phalavollalc systems. and solar thermal hal water heaters. 

Btu = BrfUsh thermal unll 
- - • Nat appficable. 
Nate: Totals may not equal sum of components due to independent rounding. Data for 2005 and 2006 are model results and may diller sUghUy from official EIA 

deta reports. Consumption values of 0.00 are values that round to 0.00, because they are less than 0.005. 
Sources: 2005 and 2006 consumption based an: Energy lnfarmeUan Administration (EtA), Annual Energy Review 2006, DOEIEIA~(2006) (Washington, 

DC, June 2007). 2005 and 2006 papulation and gross domestic product Glaballnalgh~ Glaballnslghtlndustry and Employment models, July 2007. 2005 and 
2006 carbon dioxide emissions: EtA. Emissions of Greenhouse Gases In the United States 2006, DOEIEIA-D573(2006) (Washington, DC, November 2007). 
Pro)ectlans: EtA. AE02008 National Energy Modeling System run AE0200B.D030208F. 
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Reference Case 

Table A3. Energy Prices by Sector and Source 0 
2006 Dollars er Million Btu, Unless Otherwise Noted 

Reference Case Annual 

Sector and Source Growth 
006-2030 

2005 (percent) 

Residential 
Uquefied Petroleum Gases . ... .. ......... 18.83 23.08 25.21 24.15 24.23 24.63 25.43 0.4% 
Distillate Fuel Oil . .. . ...... ...... ....... 16.98 17.94 17.21 14.27 14.27 15.14 16.27 ..().4% 
Natural Gas ..••. ... . ................ . . 12.85 13.40 12.15 11.20 11 .39 11.94 12.91 ..().2% 
Electricity ................... .. ........ 28.52 30.52 31.37 30.04 30.20 30.33 30.63 0.0% 

Commercial 
Distillate Fuel Oil .. ........ ... . ......... 13.82 14.59 15.24 12.88 13.24 13.88 15.00 0.1% 
Residual Fuel Oil ... . .. .......... .. ..... 11.21 8.60 10.06 7.95 7.95 8.62 9.22 0.3% 
Natural Gas ....... .. . . ................ 11.53 11.50 10.59 9.68 9.91 10.47 11.43 -0.0% 
Electricity ... ....... ..... ..... ... ...... 26.12 27.75 27.89 25.52 25.64 25.71 26.17 ..().2% 

Industrial' 
Uquefied Petroleum Gases ....... . ....... 17.54 19.71 17.74 16.65 16.79 17.10 17.79 ..().4% 
Distillate Fuel Oil ....................... 14.50 15.33 15.72 13.95 14.62 15.10 16.26 0.2% 
Residual Fuel Oil ... .... . .. ... .... ...... 10.43 9.06 10.86 8.24 8.29 9.00 9.62 0.2% 
Natural Gas" ······ ····· ············· ·· 8.37 7.66 7.21 6.15 6.21 6.56 7.29 -0.2% 
Metallurgical Coal .. .. .......... .... ... . 3.29 3.54 4.07 3.53 3.42 3.51 3.60 0.1% 
Other Industrial Coal . . . ........ ... ...... 2.22 2.34 2.42 2.31 2.28 2.30 2.33 -0.0% 
Coal for Uqulds ..... .... ..... . ......... 0.96 1.09 1.17 1.30 
Electricity ... .. .................... .. .. 17.25 17.97 19.21 17.22 17.27 17.30 17.63 ..().1% 

Transportation 
Uquefled Petroleum Gases• .............. 20.49 21.72 26.03 24.93 24.94 25.28 26.03 0.8% 
E85• .......•.. . .. . .. .. ...... .... ..... 23.89 24.81 23.58 17.61 18.15 18.50 19.62 -1 .0% 
Motor Gasoline• ....... . .. .. . ... ... .. . .. 19.28 21.19 21 .23 18.80 19.64 19.67 20.37 ..().2% 

0 Jet Fuel1 
••• ••• • ••••• •• • •• .•.•• . •••..•• 13.30 14.83 15.77 13.16 13.27 14.15 15.37 0.1% 

Diesel Fuel {distillate fuel oi1)7 ••••••••••••• 18.09 19.72 19.68 17.65 18.26 18.54 19.59 -o.O% 
Residual Fuel Oil .............. .. ....... 8.68 7.89 10.53 8.56 8.69 9.50 10.39 1.2% 
Natural Gas• ...... .... ......... ....... 14.55 14.28 13.60 12.34 12.15 12.28 12.83 ..().4% 
Electricity ...... .. ...... . . . ........ .. .. 30.79 29.73 30.95 28.95 29.05 28.95 29.65 ..().O'Yo 

Electric Power' 
Distillate Fuel Oil .. ..... ....... .. ....... 12.62 13.35 13.62 10.67 10.69 11.59 12.71 ..().2"/o 

Residual Fuel Oil ............... . ....... 7.40 8.17 9.45 7.41 7.50 8.25 9.04 0.4% 
Natural Gas . ...... . ................... 8.44 6.87 6.96 5.93 5.95 6.26 6.93 0.0% 
Steam Coal ...... . ............ . ....... 1.59 1.69 1.84 1.74 1.72 1.74 1.78 0.2% 

Average Price to All Users10 

Uquefied Petroleum Gases ..•........•... 17.75 20.35 19.27 18.32 18.59 19.03 19.82 ..().1% 
Eas• . . .•.... ..• . .. ... . ..... ... . ...... 23.89 24.81 23.58 17.61 18.15 18.50 19.62 -1.0% 
Motor Gasoline• .. • . ... ...•.... . ........ 19.18 21.06 21.23 18.80 19.64 19.67 20.37 -o.w. 
Jet Fuel ······························ 13.30 14.83 15.77 13.16 13.27 14.15 15.37 0.1% 
Distillate Fuel Oil ....................... 17.11 18.56 18.48 16.57 17.20 17.62 18.74 0.0% 
Residual Fuel 00 . ....... .... ..... ... ... 8.44 8.21 10.31 8.19 8.29 9.06 9.87 0.8% 
Natural Gas •.......................... 9.93 9.22 8.72 7.78 7.98 8.49 9.36 0.1% 
Metallurgical Coal ······················ 3.29 3.54 4.07 3.53 3.42 3.51 3.60 0.1% 
Other Coal ...... ..... ....... . . . ...... . 1.63 1.73 1.88 1.77 1.75 1.77 1.81 0.2% 
Coal for Uqulds . . ....... ...... .. ..... . . 0.96 1.09 1.17 1.30 
Electricity ... . ............... . ........ . 24.55 26.10 26.90 25.00 25.23 25.43 25.93 -o.O% 

0 
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Reference Case 

Table A3. Energy Prices by Sector and Source (Continued) 
(2006 Dollars per Million Btu, Unless Otherwise Noted) 

Reference Case Annual 
Growth 

Sector and Source 

2005 1 I I I I 2025 1 
fl00&-2030 

2006 2010 2015 2020 2030 

Non-Renewable Energy Expenditures by 
Sector (billion 2006 dollars) 

Residential . , . . . . .. . . .. •• • . .. . ....•. •. • 221.30 225.38 241 .71 232.60 243.22 256.33 274.70 
Commercial .. . . . .. .• . . . ...•.. ... ..... . 159.35 166.54 174.38 173.76 189.37 206.24 22.7.37 
Industrial . • . . • . • •.•.•....•..•......... 203.06 205.11 22.4.65 197.41 193.16 194.97 203.93 
Transportation .• . •.•.• . •.••.•.• . ....•.• 489.23 542.63 560.74 514.93 530.80 539.68 587.86 
Total Non-Renewable Expenditures . . .. •.. 1072.94 1139.66 1201.48 1118.69 1156.54 1197.22 1293.86 
Transportation Renewable Expendlturas .. .. 0.03 0.03 0.06 3.14 17.64 26.21 26.35 
Total Expenditures .. .. ................ 1072.96 1139.70 1201.54 1121.83 1174.18 1223.43 1320.22 

'Includes energy for combined heat and power plants, except those whose primary business Is to sell electricity, or electrfclty and hea~ to the public. 
lfxcludes use for lease and plant fuel. 
'Includes Federal and State taxes whDe excluding county and local taxes. 

(percent) 

0.8% 
1.3% 

-o.O% 
0.3% 
0.5% 

32.2% 
0.6% 

•Ess refers to a blend of BS percent ethanol (renewable) and 15 percent motor gasoRne (nonrenewable). To address cold starting Issues, the percentage of 
ethanol varles..seasonali¥--Ihe 8001181 average ethanol content of 74 percent. Is ••sad for this fnrarpsf - - - - - - --

'Sales weighted-average price for aU grades. lndudes Federal, Stale and local taxes. 
'Kerosene-type jet fuel lndudes Federal and State taxes whDe exdudlng county and local taxes. 
'Diesel fuel lor on-road use. lndudes Federal and State taxes while exdudlng county and local taxes. 
'Compressed natural ges used as a vehicle fuel. Includes estimated motor vehicle luel taxes and estimated dispensing costs or charges. 
'Includes eleclrlclty·<mly and combined heat and power plants whose primary business Is to sell electricity, or electricity and hea~ to the public. 
' 'Weighted averages ol end-use fuel prices are derived from the prices shown In each sector and the corresponding sectoral consumption. 
Btu = British thermal unll 
- - = Not applcable. 
Note: Data for 2005 and 2006 ara model results and may diller sllghUy from official EIA data reports. 
Sources: 2005 and 2006 prices for motor gasoRne, dlsbllate fuel on, and jet fuel ara based on prices In the Energy Information AdmlnlsltaUon (EIA), Petroleum 

Merlceflng Annua/2006, DOE/EIA-0487(2006) (Washington, DC, Augusi2DD7). 2005 resldenUal and commerdal natural gas delivered prices: EIA,Nafural Gas 
Annua/2005, DOEIEIA.0131 (2005) (Washington, DC, November 2006). 2006 residential and commercial natural gas delivered prices: EIA, Natural Gas Monthly, 
DOEIEIA-Q130(2007/D4) (Washington, DC, April 2007). 2005 and 2006 Industrial natural gas delivered prices are esllmaled based on: EtA, Manufacturing Enetpy 
Consumplion Survey t 994 and Industrial and waUheed prices from the Natural Gss Annual 2005, DOE/EIA-Q131 (2005) (Washington, DC, November 2006) and the 
Natural Gas Monthly, DOEIEIA.0130(2007/D4) (Washington, DC, April2007). 20051ransportaUon sector natural gas delivered prices are based on: BA, Natura/ 
Gas Annua/2005, DOEIEIA-Q131 (2005) (Washington, DC, November 2006) and estimated stele taxes, federal taxes, and dispensing costs or charges. 2005 
transporfaUon sector natural gas delivered prices are model rasuUs. 2005 and 2006 electric powar sector natural gas prices: EIA, Elecfrfc Power Monthly, 
DOE/EIA-Q226, May 2003 through April2004, Table 4.11.A. 2005 and 2006 coal prices based on: EIA, Quarterly Coal Report, October-December 2006, 
DOEIEIA-Q121(200614Q) (Washington, DC, March 2007) and EtA, AE020De National Energy Modeling System run AE02008.00302DeF. 2005 and 2006 
eleclrfcity prices: EIA. Annual Enetpy Review 2006, DOEIEIA-o384(2006) (Washington, DC, June 2007). 2005 and 2008 EBS prices derived from monthly prices In 
the Clean ClUes Alternative Fuel Price Report. Projections: EtA, AE02008 National Energy Modeling System run AE02008.DD30208F. 
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Table A4. Residential Sector Key Indicators and Consumption 
(Quadrillion Btu per Year, Unless Otherwise Noted) 

Key Indicators and Consumption 

Key Indicators 
Households (millions) 
Single-Family .••••••• • •••.••........•. 
Multifamily ....• . . .. .• . .•• . . ..•.••• . . • 
Mobile Homes .•...•..••..•••...•.•.•. 
Total •••••••••••••••••••••••••••••• 

Average House Square Footage •••••••••• 

Energy Intensity 
(million Btu per household) 

Delivered Energy Consumption .... . • ...•. 
Total Energy Consumption .• .• .•.••..•.. 

(thousand Btu per square foot) 
Delivered Energy Consumption ..... . ..•.. 
Total Energy Consumption . ....•. • .. . •.. 

Delivered Energy Consumption by Fuel 
Electricity 

Space Heating . •. •••....•. .. ......••. . 
Space Cooling ..•..• .. ...... .. ....•.•. 
Water Heating •. . ••••.•.••••....•...•. 
Refrigeration ..•..•••. . •....••. . .•••.• 
Cooking ••.•••...• . . • •.• •• •...• . ..•• • 
Clothes Dryers . • . . . . • . .• •. . .• .•.• ••.• • 
Freezers .•••.. . .••...••.•..•..••.•. . 
Ughtlng .•••••. . •. •• . •. . ••.••...• .. • • 
Clothes Washers' ..• . .•.••.......•...• 
Dishwashers' .•• • .••. . •.••• • ...• .. ..•. 
Color Televisions and Set-Top Boxes ••• . • . 
Personal Computers •. •. ••••..•...•.••. 
Fumace Fans •.•.• . •. • . . .••••.. .•• • .• 
Other Uses" ..•......• . ••.....•..•••.. 

Delivered Energy ................... . 

Natural Gas 
Space Heating . . . .. •. • •• . . ..•.. ....•. . 
Space Cooling •.•..•.••..•..••....•... 
Water Heating . . ..•. .•..... ... . . . . .. .. 
Cooking . . .... . ..•• . • .... .• ..•...•.. . 
Clothes Dryers • ..• ... . .•.. .. .•. . •.... . 

Delivered Energy •••••••••••••••••••• 

Distillate Fuel Oil 
Space Heating .. • .....•.•..•..•..•..•. 
Water Heating ......•......... •. • . .. .. 
Delivered Energy •••••••••••••••••••• 

Liquefied Petroleum Gases 
Space Heating .•...•..•.•.. • .....••..• 
Water Heating ........•............... 
Cooking •.•..• . .......•.••.....•... . . 
Other Uses• •..•...•.....•....• •.. .. •. 

Delivered Energy •••••••••••••••••••• 

Marketed Renewables (wood)4 
•• •• ••• ••••• 

Other Fuels" .... . .... . ..... . ..... . ... . . 

Annual 
Growth 

r-----r-~----~~----~~----~~----,-,----~,------Lzoo~2~0 
2005 2006 2010 2015 2020 2025 2030 (percent) 

Reference Case 

79.65 
24.49 

6.94 
111.09 

1802 

103.7 
194.8 

57.5 
108.1 

0.31 
0.82 
0.38 
0.39 
0.10 
0.25 
0.08 
0.73 
0.~ 

0.10 
0.30 
0.07 
0.06 
1.01 
4.64 

3.59 
0.00 
1.09 
0.22 
0.07 
4.97 

0.75 
0.11 
0.85 

0.26 
0.06 
0.03 
0.15 
0.50 

0.45 
0.10 

80.81 
24.81 
6.89 

112.51 

1815 

95.8 
185.0 

52.8 
101.9 

0.27 
0.75 
0.38 
0.39 
0.10 
0.25 
0.08 
0.74 
0.04 
0.10 
0.33 
0.07 
0 .05 
1.05 
4.61 

3.13 
0.00 
1.08 
0.22 
0.07 
4.50 

0.60 
0.10 
0.70 

0.23 
0.06 
0.03 
0.15 
0.47 

0.41 
0.08 

83.48 
25.86 

6.67 
116.00 

1858 

100.5 
191.8 

54.1 
103.2 

0.30 
0.79 
0.38 
0.37 
0.11 
0.25 
0.08 
0.72 
0.~ 

0.09 
0.39 
0.10 
0.06 
1.26 
4.95 

3.57 
0.00 
1.08 
0.22 
0.07 
4.95 

0.66 
0.09 
0.75 

0.24 
0.05 
0.03 
0.16 
0.48 

0.44 
0.09 

88.66 
27.42 

6.65 
122.73 

1916 

97.3 
183.8 

50.8 
95.9 

0.32 
0.85 
0.40 
0.36 
0.12 
0.26 
0.08 
0.55 
0.03 
0.09 
0.40 
0.11 
0.07 
1.37 
5.02 

3.73 
0.00 
1.12 
0.24 
0.08 
5.16 

0.66 
0.09 
0.75 

0.24 
0.05 
0.03 
0.18 
0.50 

0.42 
0.09 

93.38 
29.05 
6.73 

129.15 

1965 

95.3 
181.1 

48.5 
92.1 

0.32 
0.91 
0.42 
0.37 
0.12 
0.27 
0.09 
0.51 
0.03 
0.10 
0.43 
0.12 
0.07 
1.49 
5.25 

3.83 
0.00 
1.15 
0.25 
0.08 
5.30 

0.65 
0.08 
0.73 

0.24 
0.05 
0.03 
0.20 
0.52 

0.40 
0.09 

97.49 
30.69 

6.78 
134.96 

2008 

93.2 
179.0 

46.4 
89.1 

0.33 
0.97 
0.43 
0.38 
0.13 
0.28 
0.10 
0.47 
0.03 
0.10 
0.48 
0.14 
0 .08 
1.61 
5.53 

3.87 
0.00 
1.14 
0.26 
0.08 
5.35 

0.62 
0.08 
0.69 

0.23 
0.04 
0.03 
0.22 
0.54 

0.39 
0.09 

101.28 
32.44 

6.86 
140.58 

2046 

91.6 
1n.9 

44.8 
87.0 

0.33 
1.04 
0.43 
0.39 
0.14 
0.30 
0.11 
0.49 
0.03 
0.11 
0.55 
0.16 
0.08 
1.73 
5.88 

3.88 
0.00 
1.09 
0.26 
0.08 
5.32 

0.59 
0.07 
0.65 

0.23 
0.04 
0.03 
0.25 
0.55 

0.38 
0.09 

0.9% 
1.1"/o 

-o.o% 
0.9% 

0.5% 

-Q.2% 
-Q.2% 

-Q.7% 
-o.7% 

0.8% 
1.4% 
0.5% 
0.0% 
1.2% 
0.6% 
1.3% 

-1.7% 
-1.1% 
0.4% 
2.2% 
3.6% 
1.6% 
2.1% 
1.0% 

0.9% 
24.1% 

0.1% 
0.8% 
0.6% 
0.7% 

-Q.1% 
-1.8% 
-Q.3% 

0.0% 
-1.1% 
0.3% 
2.0% 
0.7% 

-Q.3% 
0.4% 
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Reference Case 

Table A4. Residential Sector Key Indicators and Consumption (Continued) 
(Quadrillion Btu per Year, Unless Otherwise Noted) 

Key Indicators and Consumption 

Delivered Energy Consumption by End Use 
Space Heating .. ...•...... • . . . .. . . .... 
Space Cooling ... . . ................. .. 
Water Heating . .• .•....•... . .... .. . . . . 
Refrigeration .• . .•. •. . . .... . . .. .. .. . •. 
Cooking .... .. .... ...... ............ . 
Clothes Dryers .. • ...• .• .. . • .. .• . ... • . • 
Freezers .. •. .. . . ..•.•.... . .... •. . . .. 
Ughllng ................... .. .. .. ... . 
Clothes Washers ................ . ... .. 

Reference Case Annual 
Growth 

l--2-005--...... l-2006----.lr--2-0-10-...... 12_0_1_5_..,...1_2_02-0---.Ir--2-0-25-...... 12_0_3_0-L,=:!~~r 

5.46 5.53 5.53 
0.85 0.91 0.97 
1.66 1.70 1.69 
0.36 0.37 0.38 
0.38 0.41 0.42 
0.34 0.35 0.36 
0.08 0.09 0.10 
0.55 0.51 0.47 
0.03 0.03 0.03 

0.6% 
1.4% 
0.0% 
0.0% 
0.9".4 
0.6% 
1.3% 

-1 .7% 
-1 .1% 

Dishwashers ........... ... .. ....... .. 
Color Televisions and Set-Top Boxes •. . • • . 
Personal Computers ••• •.•.... • . . . . ... . 
Furnace Fans .. ...... •• . ..• .. . . . . . . . . 
Other Uses• .. .. ••.••... • .. .. . . ....... 

Delivered Energy •••••••••••••••••••• 

5.46 
0.82 
1.64 
0.39 
0.35 
0.32 
0.08 
0.73 
0.03 
0.10 
0.30 
0.07 
0.06 
1.16 

11.52 

4.72 
0.75 
1.62 
0.39 
0.35 
0.33 
0.08 
0.74 
0.04 
0.10 
0.33 
0.07 
0.05 
1.21 

10.77 

5.30 
0.79 
1.61 
0.37 
0.36 
0.33 
0.08 
0.72 
0.03 
0.09 
0.39 
0.10 
0.06 
1.42 

11.66 

0.09 0.10 0.10 
0.40 0.43 0.48 
0.11 0.12 0.14 
0.07 0.07 0.08 
1.56 _ 1:69_'"'"1.83 

11.95 12.30 12.58 

5.50 
1.04 
1.63 
0.39 
0.43 
0.38 
0.11 
0.49 
0.03 
0.11 
0.55 
0.16 
0.08 
1.98 

12.88 

0.4% 
2.2% 
3.6% 
1.~~ -
2.1% 
0.7% 

Electricity Related Losses ••••••••••••••• 

Total Energy Consumption by End Use 
Space Healing .... ........ .... ... .. .. . 
Space Cooling .. .. ................... . 
Water Heating . ............ .. . .. . ...•. 
Refrigeration .. ............ ..... .. .. .. 
Cooking ...... .. .. ....... ........ .. .. 
Clothes Dryers • .• ..... . .. .• ... .. .. .. .. 
Freezers .....• •. .... .. ..• .. . . . ... . . . 
Ughtlng .. .. ...... .......... ... .. .. .. 
Clothes Washers . . • .... • .. •. . ... . ....• 
Dishwashers ••.. • •.•....... . . . . . •• . .. 
Color Televisions and Set-Top Boxes • •. • .. 
Personal Computers •.••. •..... .. . . . . . . 
Furnace Fans . .. . .. . •. . • . • . . . .. . •. . . . 
Other uses• . . .. .. . ... ... ... .. ... .. .. . 

Total ••••••••••••••••••• • •• •••••••• 

Nonmarketed Renewables7 

Geothermal Heat Pumps •... . . . . . ••. . . .• 
Solar Hot Water Healing • ... . . . . . .. . .. . • 
Solar Photovoltalc . . . . • . . . . . . . . . . . . . . . . 
Total ••••• • • • •••••••••••••••• • • •••• 

'Does not include water heating portlon of load. 

10.12 

6.14 
2.61 
2.47 
1.26 
0.57 
0.88 
0.27 
2.31 
0.11 
0.31 
0.95 
0.21 
0.19 
3 .37 

21.64 

0.00 
0.01 
0.00 
0.01 

10.04 

5.31 
2.39 
2.44 
1.24 
0.58 
0.88 
0.26 
2.35 
0.11 
0.30 
1.05 
0.21 
0.17 
3.50 

20.82 

0.00 
0.01 
0.00 
0.02 

'Includes small electric devices, heating elements, and motors not listed above. 
'Includes such appliances as outdoor grills and mosquito traps. 

10.59 

5.95 
2.48 
2.43 
1.15 
0.60 
0.87 
0.25 
2.26 
0.10 
0.29 
1.23 
0.30 
0.20 
4.13 

22.25 

0.00 
0.02 
0.00 
0.02 

10.61 

6.13 
2.64 
2.51 
1.12 
0.63 
0.90 
0.26 
1.71 
0.09 
0.29 
1.26 
0.34 
0.21 
4.46 

22.56 

0.01 
0.02 
0.00 
0.03 

11.08 

6.21 
2.83 
2.59 
1.14 
0.67 
0.92 
0.29 
1.58 
0.08 
0.30 
1.33 
0.38 
0.23 
4.84 

23.39 

0.01 
0.03 
0.00 
0.04 

11.57 

6.22 
3.01 
2.59 
1.16 
0.70 
0.95 
0.31 
1.47 
0.08 
0.31 
1.49 
0.43 
0.24 
5.19 

24.15 

0.01 
0.04 
0.00 
0.05 

12.14 

6.18 
3.19 
2.52 
1.20 
0.72 
0.99 
0.34 
1.49 
0.08 
0.33 
1.69 
0.48 
0.24 
5.55 

25.01 

0.01 
0.05 
0.01 
0.07 

'Includes wood used for primary and secondary heating In wood stoves or fireplaces as reported In the Residential EneiTJY Consumption Survey 2001. 
'Includes kerosene and coal. 
11ndudes all other uses Dsted above. 
'Represenls primary energy displaced. 
Blu = British thermal uniL 

0.8% 

0.6% 
1.2% 
0.1% 

-0.1% 
0.9% 
0.5% 
1.1% 

-1.9% 
-1 .2% 
0.3% 
2.0% 
3.5% 
1.5% 
1.9% 
0.8% 

6.1% 
5.3% 

16.9% 
5.9% 

Nota: Totals may not equal sum of componenls due to Independent rounding. Data for 2005 and 2006 are model resulls and may differ slightly from offidaJ EIA 
data reporls. 

Sources: 2005 and 2006 based on: Energy Information Administration (EIA), Annual EnefrJY Review 2006, DOEIEIA-o384(2006) (Washington, DC, June 
2007). Projections: EIA. AE02008 National Energy Modeling System run AE02008.003020BF. 
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Table AS. Commercial Sector Key Indicators and Consumption 
_(Quadrillion Btu per Year, Unless Otherwise Noted) 

Key Indicators and Consumption 

Key Indicators 

Total Floorspace (billion square feet) 
Surviving . .... •• •••. • . .. . •..••• •• •. . . 
New Additions . ..• •.••..•. . .•.• • •••... 
Total •••••••••••••••• • ••••••••••••• 

Energy Consumption Intensity 
(thousand Btu per square foot) 
Delivered Energy Consumption •••• . ..•.. . 
Electricity Related Losses ••.... .. . . • ..• . 
Total Energy Consumption . •• .• ••..•.... 

Delivered Energy Consumption by Fuel 

Purchased Electricity 
Space Heating' •••.•.. • •. . • •....•..•.• 
Space Cooling' ••... . . . •• • •. . . • • .. • . •. 
Water Heating' .. •.• •.• ... . •.. ...• .• .. 
Ventilation . • ... • ... .. • . . . . . .. • . . .... • 
Cooking •...•• • . . .. .. ...... • •••. • •... 
Ughting •..•.•..•.....•• • . • .•.••.•..• 
Refrigeration . •• • •.. ... . • . . ..• • ••.•. . . 
Office Equipment (PC) . • ••.. . •••...... • . 
Office Equipment (non-PC) •... . • • ••.... . 
Other Uses• •..•.... •• ..•. . ... . .. • •.•. 

Delivered Energy •••••••••••••••••••• 

Natural Gas 
Space Heating' ...... . ..• . ....• . .. . . . . 
Space Cooling' ...... .• •...•.... • •.•. . 
Water Heating' . • ....... .... . •. •. .. .. . 
Cooking . . . • .. . .... .. • .... . .•• . . • •... 
Other Uses* •... ...• .•. ••. .•. ....•.... 

Delivered Energy .... .. ............. . 

Distillate Fuel 011 
Space Heating' .•.••..•.•. • •• • ..•.•• • . 
Water Heating' •. • .. . ••.•••• . •.•. . . . .• 
Other Uses• •.• .. . . . .• .. . •• ..•• .. ••. .. 

Delivered Energy ........ . .. . ....... . 

Marketed Renewables (biomass) •••..•... . 
Other Fuels' • .. • . ...•• . . . .. .... .. . ... .. 

Delivered Energy Consumption by End Use 
Space Heating' . .... . . . ........ . .... . . 
Space Cooling' . . . . ... .. . . . . . • ...... . . 
Water Heating' . . ... . . .. . .. . .• .. .. •• . . 
Ventilation • .•. ..• .. .. •.. ... . • . •. •.. .• 
Cooking ........... .. ... . ........... . 
Ughtlng • ....• • .......•••.••••....• . . 
Refrigeration .. .......... .. .. .... .... . 
Office Equipment (PC) .••... . .... . .•.... 
Office Equipment (non-PC) . .•. ... •. •. ••. 
Other Uses• ... •. .•...•........... • . .. 

Delivered Energy . ••••••••••••• • •••••• 

Annual 
Growth 

r-----r-1----lr-----~~----~~----~~----~~----~~~~30 
2005 ~06 2010 2015 2020 2025 2030 (percent) 

Reference Case 

72.1 
1.6 

73.8 

113.5 
128.8 
242.3 

0.14 
0.52 
0.16 
0.19 
0.04 
1.16 
0.23 
0.17 
0.39 
1.34 
4.35 

1.30 
0.02 
0.56 
0.23 
0.97 
3.09 

0.15 
0.05 
0.25 
0.45 

0.13 
0.36 

1.59 
0.55 
o.n 
0.19 
0.27 
1.16 
0.23 
0.17 
0.39 
3.05 
8.38 

73.2 
1.6 

74.8 

110.3 
129.1 
239.4 

0.13 
0.51 
0.16 
0.19 
0.04 
1.15 
0.23 
0.21 
0.42 
1.39 
4.43 

1.18 
0.02 
0.55 
0.23 
0.94 
2.92 

0.13 
0.05 
0.25 
0.42 

0.13 
0.34 

1.44 
0.53 
0.75 
0.19 
0.27 
1.15 
0.23 
0.21 
0.42 
3.05 
8.25 

n.2 
1.6 

78.8 

109.3 
128.4 
237.8 

0.14 
0.50 
0.15 
0.19 
0.04 
1.12 
0.23 
0.25 
0.55 
1.55 
4.73 

1.29 
0.02 
0.54 
0.24 
0.95 
3.04 

0.13 
0.04 
0.20 
0.38 

0.13 
0.33 

1.56 
0.52 
0.74 
0.19 
0.28 
1.12 
0.23 
0.25 
0.55 
3.17 
8.62 

82.2 
1.8 

83.9 

111.6 
130.8 
242.4 

0.14 
0.52 
0.16 
0.20 
0.04 
1.17 
0.24 
0.28 
0.68 
1.n 
5.19 

1.37 
0.02 
0.60 
0.27 
1.03 
3.29 

0.14 
0.05 
0.22 
0.41 

0.13 
0.34 

1.65 
0.54 
0.81 
0.20 
0.31 
1.17 
0.24 
0.28 
0.68 
3.49 
9.37 

87.4 
1.8 

89.3 

112.3 
134.0 
246.3 

0.14 
0.55 
0.16 
0.21 
0.04 
1.22 
0.25 
0.30 
0.79 
2.01 
5.67 

1.40 
0.02 
0.65 
0.29 
1.10 
3.47 

0 .15 
0.05 
0.22 
0.41 

0.13 
0.35 

1.69 
0.57 
0.86 
0.21 
0.33 
1.22 
0.25 
0.30 
0.79 
3.81 

10.03 

92.9 
2.0 

94.8 

112.6 
135.7 
248.3 

0.15 
0.58 
0.16 
0.22 
0.04 
1.28 
0.27 
0.33 
0.87 
2.26 
6.15 

1.41 
0.02 
0.70 
0.31 
1.19 
3.63 

0.15 
0.05 
0.21 
0.42 

0.13 
0.35 

1.71 
0.60 
0.91 
0.22 
0.35 
1.28 
0.27 
0.33 
0.87 
4.15 

10.67 

98.7 
2.1 

100.8 

112.2 
135.8 
247.9 

0.15 
0.61 
0.16 
0.23 
0.04 
1.34 
0.28 
0.35 
0.92 
2.54 
6.62 

1.42 
0.02 
0.73 
0.33 
1.29 
3.78 

0.15 
0.05 
0.21 
0.41 

0.13 
0.35 

1.71 
0.63 
0.94 
0.23 
0.36 
1.34 
0.28 
0.35 
0.92 
4.53 

11.30 

1.3% 
0.9% 
1.2% 

0.1% 
0.2% 
0.1% 

0.5% 
0.8% 
0.1% 
0.9% 

-0.4o/o 
0.7% 
0.8o/o 
2.1% 
3.3% 
2.5% 
1.7% 

0.8% 
-0.2% 
1.2% 
1.5% 
1.3% 
1.1% 

0.8% 
0.3% 

-0.6% 
-0.0% 

0.1% 

0.7% 
0.8% 
0.9% 
0.9% 
1.2% 
0.7% 
0.8% 
2.1% 
3.3% 
1.7% 
1.3% 
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Reference Case 

Table AS. Commercial Sector Key Indicators and Consumption (Continued) 
(Quadrillion Btu per Year, Unless Otherwise Noted) 

Reference Case Annual 

Key Indicators and Consumption 
Growth 

l l I I I I ~006-2030 
2005 2006 2010 2015 2020 2025 2030 (percent) 

Electricity Related Losses • • • ••• •••• ••• •• • 9.50 9.66 10.12 10.98 11.96 12.87 13.68 1.5% 

Total Energy Consumption by End Use 
Space Heating' ······· ..... .... ....... 1.90 1.73 1.86 1.95 1.99 2.02 2.02 0.7% 
Space Cooling' . ........ .. ... ..... .... 1.69 1.63 1.58 1.65 1.72 1.81 1.90 0.6% 
Water Heating' ······· ················ 1.12 1.10 1.06 1.14 1.20 1.25 1.28 0.6% 
Ventilation .... • •. . •. . • . .. •••.• . • • • •• . 0.60 0.60 0.60 0.62 0.65 0.68 0.71 0.7% 
Cooklng . .• • . .. .. • • .. • . ••... •.. •••.•• 0.36 0.35 0.36 0.39 0.41 0.42 0.43 0.9% 
Ughling .... ... .. .. .... ··· ····· ·· ··· 3.69 3.66 3.52 3.63 3.79 3.96 4.12 0.5% 
Refrigeration ········ ····· ···· ··· ····· 0.73 0.73 0.73 0.75 0.79 0.82 0.86 0.6% 
Office Equlpment(PC) . . ..•. •...... • ..•• 0.56 0.68 0.80 0.86 0.93 1.02 1.08 1.9% 
Office Equipment (non-PC) . . •.. •• . . ..•.. 1.24 1.34 1.73 2.11 2.46 2.68 2.81 3.1% 
Other Uses• .•. . . . . ..• . • . • • •..•. •• ••.. 5.97 6.08 6.49 7.23 8.05 8.89 9.77 2.0% 
Total • • •••••••••••••••••••••••••••• 17.87 17.91 18.74 20.34 21.98 23.54 24.98 1.4% 

Nonmarketed Renewable Fuels' 
Solar Thermal •• . .. . . . ...• .. . •....•. . .. 0.02 0.02 0.03 0.03 0.03 0.03 0.03 0.5% 
Solar Photovoltalc .. .. .. . .... .... . . ..... 0.00 0.00 0.00 0.00 0.00 0.01 0.01 8.7% 

Total •• • ••••• • •••••••••••••••••••••• 0.03 0.03 0.03 0.03 0.03 0.03 0.04 1.6% 

'Includes fuel consumption for district services. 
"Includes miscellaneous uses, such as service station equipment. automated taller machines, talacommW1lcaUons equipment. and medical equipment 
'Includes miscellaneous uses, such as pumps, emergency generators, combined heal and power In commercial buildings, and manufacturlng performed In 

commercial buildings. • 
41ncludas· miscellaneous uses, such as cooking, emergency generators, and combined heat and power In commercial buildings. 
'Includes residual fuel oB, Uquafled petroleum gas, coal, motor gasoline, and kerosene. 
'Includes mlscaDaneous uses, such as service station equipment, automated taller machines, telecommunications equipment, medical equipment, pumps, 

emergency generators, combined heat and power In commercial buildings, manufacturing performed In commercial buildings, and cooking (distillate), plus residual 
fuel on, liquefied petroleum gases, coal, molar gasoline, and kerosene. 

'Represents primary anergy displaced by solar thermal space heating and water heating, end alactrlclty generation by solar photovoHalc systems. 
Btu = British thermal unll 
PC = Personal computer. 
Nota: Tolals may not equal sum of components due to Independent rounding. Dala for 2005 and 2006 are model results and may differ sfightiy from official EIA 

data reports. 
Sources: 2005 and 2006 based on: Energy Information Administration (EIA), Annusl EnalfiY RfWisw 2006, DOEJEIA..Q384(2006) (Washington, DC, June 

2007). ProjacUona: EIA, AE0200B National Energy Modeling System run AE02008.D030208F. 
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Table A6. Industrial Sector Key Indicators and Consumption 

Key Indicators and Consumption 

Key Indicators 
Value of Shipments (billion 2000 dollars) 
Manufacturing .... ..• •. . ..•.. • . . ..•• •. 
Nonmanufacturlng ..•• .. . •.. .• .... .•. .. 
Total •••• • ••••••••••••.••••••.•..• • 

Energy Prices (2006 dollars per million Btu) 
Uquefled Petroleum Gases • •. •. •.. • ... . . 
Motor Gasoline ••• . ....• • .. . . • . . .•.••. 
Distillate Fuel Oil •• . . . • •. • • • . ..• . ... . .. 
Residual Fuel Oil . • .. • .. . ... • . • •• • ••..• 
Petrochemical Feedstocks . .•.•.•....... 
Asphalt and Road Oil .. ... •.. . . .. . . •. .•. 
Natural Gas Heat and Power . • . • . . . • •.•.. 
Natural Gas Feedstocks ..• • . ... ..• ••.• • 
Metallurgical Coal ........ • . ... ... . •.•. 
Other Industrial Coal • •.... .• ..•........ 
Coal for Uqulds .••. . .•• . .. . . .. •.• •.... 
Electricity .•. • •• ....• . .. . •• . .. .. . . . . . • 

Energy Consumption (quadrillion Btu)' 
Industrial Consumption Excluding Refining 

Uquefled Petroleum Gases Heat and Power • 
Uquefled Petroleum Gases Feedstocks . •• • 
Motor Gasoline •.. .•• • . • .•• •• . • •• . ... • 
Distillate Fuel Oil .•. . •.. •• ..•..•••....• 
Residual Fuel Oil · . . .. . . . . .. .. . ... .. ... . 
Petrochemical Feedstocks .. . ....•••.... 
Petroleum Coke •. •.. •. . . . . •. • . . . •• . . . . 
Asphalt and Road Oil .. . . • ... . • . . • ... .• • 
Miscellaneous Petroleum• •. . ..••. . ..•... 

Petroleum Subtotal :-;-:-;--.. •. •.. ••. ...• . 
Natural Gas Heat and Power . •. . . • • •. . • .• 
Natural Gas Feedstocks .•• • • . .•...••... 
Lease and Plant Fuel" .. . .. ... . .... ... . . 

Natural Gas Subtotal • • . . . . . • .. • ... • • . 
Metallurgical Coal and Coke• • . .. . .••.... 
Other Industrial Coal ... • . .. •.• .. • . ... .• 

Coal Subtotal .... . .... .. .... . .... .. . 
Renewables• . .. .•.. ... ... . • •. . . . ..• •. 
PUrchased Electricity . . . . . . . • . . . . . . . • . .. 

Delivered Energy ••••••••••••••••••• 
Electricity Related Losses .. . .... .. ....• . 

Total •.•••...•• • ...•.••.•••..••..• • 

Refining Consumption 
Uquelfed Petroleum Gases Heat and Power . 
Distillate Fuel Oil •• •• •.•.• • ..... . .... .• 
Residual Fuel 011 •. . . . . •... •.. .•.•. . ..• 
Petroleum Coke ... . .... . ...•. ... .•... • 
Still Gas •.. . .... .. ........ . . •. ..•...• 
Miscellaneous Petroleum• ... . .. ..• •. .. •• 

Petroleum Subtotal • .... . •....... • ... . 
Natural Gas Heat and Power . ..... . ...• .. 
Naturai-Gas-to-Uquids Heat and Power . . . . 

Natural Gas Subtotal .. ... ... •.. •.•• .. 
Other Industrial Coal •........ . .•. . ... •. 
Coal-to-Uqulds Heat and Power . ... .... . . 

Coal Subtotal .. .. ........... .... ... . 
Biofuels Heat and Coproducts . . .. .. ..•.. . 
Purchased Electricity • . . . ...... •.. ... . .• 

Delivered Energy ••••• • ••••••••••••• 
Electricity Related Losses ..... .•.... ... . 

Total .•••..••..•.••••.•••.•.•..•.•• 

Annual 
Growth 

~----r-~----r-l----lr-----l~----~1----~l------L200~2030 
2005 2006 2010 2015 2020 2025 2030 (percent) 

Reference Case 

4208 
1525 
5732 

17.54 
15.48 
14.50 
10.43 
9.01 
5.49 
7.43 
9.07 
3.29 
2.22 

17.25 

0.17 
1.89 
0.37 
1.26 
0.27 
1.41 
0.33 
1.32 
0.52 
7.53 
5.14 
0.59 
1.14 
6.88 
0.66 
1.22 
1.88 
1.64 
3.34 

21.28 
7.30 

28.58 

0.02 
0.00 
0.01 
0.56 
1.64 
0.03 
2.26 
1.05 
0.00 
1.05 
0.06 
0.00 
0.06 
0.24 
0.13 
3.75 
0 .29 
4.04 

4290 
1531 
5821 

19.71 
15.48 
15.33 
9.06 
9.01 
4.63 
6.69 
8.37 
3.54 
2.34 

17.97 

4577 
1419 
5997 

17.74 
21.18 
15.72 
10.86 
9.22 
9.66 
6.38 
7.95 
4.07 
2.42 

19.21 

5076 
1583 
6659 

16.65 
18.72 
13.95 
8.24 
8.32 
7.28 
5.26 
6.90 
3.53 
2.31 
0.96 

17.22 

5493 
1619 
7113 

16.79 
19.63 
14.62 
8.29 
8.25 
5.74 
5.35 
6.96 
3.42 
2.28 
1.09 

17.27 

5883 
1663 
7546 

17.10 
19.62 
15.10 
9.00 
8.53 
5.93 
5.71 
7.31 
3.51 
2.30 
1.17 

17.30 

6283 
1715 
7997 

17.79 
20.32 
16.26 
9.62 
8.94 
6.35 
6.45 
8.04 
3.60 
2.33 
1.30 

17.63 

0.16 0.17 0.17 0.16 0.16 0.16 
1.91 1.92 1.77 1.64 1.59 1.55 
0.38 0.38 0.37 0.37 0.38 0.38 
1.28 1.29 1.25 1.23 1.22 1.23 
0.27 0.28 0.23 0.22 0.21 0.21 
1.41 1.36 1.45 1.39 1.33 1.29 
0.36 0.34 0.32 0.31 0.31 0.30 
1.26 1.22 1.11 1.08 1.10 1.13 
0.56 0.39 0.36 0.33 0.30 0.29 
7.60--7.34--7.04--6.73--6.59--6.55 
5.01 5.12 5.24 5.22 5.25 5.22 
0.57 0.54 0.50 0.46 0.43 0.39 
1.17 1.21 1.22 1.25 1.27 1.27 
6.74 6.86 6.97 6.93 6.95 6.88 
0.66 0.63 0.57 0.57 0.56 0.52 
1.20 1.25 1.16 1.14 1.13 1.12 
1.86 1.87 1.73 1.71 1.69 1.64 
1.69 1.66 1.75 1.83 1.93 2.02 
3.27 3.35 3.44 3.42 3.39 3.35 

21.17 21.09 20.92 20.62 20.55 20.44 
7.13 7.17 7.26 7.22 7.09 6.92 

28.29 28..27 28.18 27.84 27.64 27.35 

1.6% 
0.5% 
1.3% 

-{).4% 
1.1% 
0.2% 
0.2% 

-{).0% 
1.3% 

-{).2% 
-{).2% 
0.1% 

-{).0% 

-{).1% 

-{).1% 
-{).9% 
0.1% 

-{).2% 
-1.0% 
-0.4% 
-{).8% 
-0.5% 
-2.7% 
-0.6% 
0.2% 

-1.5% 
0.3% 
0.1% 

-1.0% 
-{).3% 
-{).5% 
0.7% 
0.1% 

-{).1% 
-{).1% 
-{).1% 

0.01 
0.00 
0.01 
0.57 
1.69 
0.04 
2.32 
1.10 
0.00 
1.10 
0.06 
0.00 
0.06 
0.30 
0.15 
3.94 
0.32 
4.26 

0.03 
0.00 
0.00 
0.57 
1.72 
0.00 
2.33 
1.51 
0.00 
1.51 
0.06 
0.00 
0.06 
0.67 
0.15 
4.72 
0.33 
5.05 

0.03 
0.00 
0.03 
0.63 
1.87 
0.00 
2.56 
1.46 
0.00 
1.46 
0.06 
0.13 
0.19 
1.00 
0.17 
5.38 
0.37 
5.75 

0.03 
0.00 
0.01 
0.65 
1.85 
0.00 
2.55 
1.47 
0.00 
1.47 
0.06 
0.34 
0.40 
1.49 
0.17 
6.07 
0.36 
6.43 

0.00 
0.00 
0.01 
0.68 
1.87 
0.00 
2.56 
1.49 
0.00 
1.49 
0.06 
0.39 
0.45 
2.28 
0.17 
6.95 
0.35 
7.29 

0.00 -3.4% 
0.00 
0.01 0.1% 
0.70 0.9% 
1.98 0.7% 
0.00 -10.1% 
2.70 0.6% 
1.47 1.2% 
0.00 
1.47 1.2% 
0.06 -{).2% 
0.55 
0.61 10.0% 
2.31 8.9% 
0.17 0.7% 
7.27 2.6% 
0.36 0.5% 
7.63 2.5% 
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Table A6. Industrial Sector Key Indicators and Consumption (Continued) 

Key Indicators and Consumption 

Total Industrial Sector Consumption 
Uquefled Petroleum Gases Heat and Power . 
Uquefied Petroleum Geses Feedstocks • ••. 
Motor Gasoline . • ..•.. . .•.........•.•• 
Distillate Fuel Oil •.....• . .• . •• .. .. . . . . . 
Residual Fuel 011 . •.. •. •• .. . •. • ••....•• 
Petrochemical Feedstocks .• ..... .. • . . . . 
Petroleum Coke .. .• • . •. ••. • . . .•..... . . 
Asphalt and Road Oil .... . . . . . • . • .•... . . 
Still Gas •••..• . . .• . .. . . .• •••.•. . ... . . 
Miscellaneous Petroleum• .....•...•...• . 

Petroleum Subtotal •. .• • .• .•• • . . •.•... 
Natural Gas Heat and Power ..•.. • .••• •. . 
Naturai-Ges-to-Uqulds Heat and Power ••• . 
Natural Gas Feedstocks . . . .•.•••.•... • • 
Lease and Plant-Foer- ..•.••.• .• .••.•••. 

Natural Gas Subtotal .• . . .••. . .• . .•• . . 
Metallurgical Coal and Coke• . . • .. . ...•. . 
Other Industrial Coal • •.• • . •• • .. ... •• • • . 
Coal-to-Uqulds Heat and Power . . . ..•.. . . 

Coal Subtotal .. . . • •...• • . • . . .••.•••. 
Blofuels Heat and Coproducts .•.• ........ 
Renewables• .... ••.. . ... . . •....•..... 
Purchased Electricity .• . . . .• . • .. .. .•..•. 

Delivered Energy ••••••••••••••••••• 
Electricity Related Losses . . • .•. . ...... . . 

Total •••• • •••••• •• ••••••••••••••••• 

Energy Consumption per dollar of 
Shipment {thousand Btu per 2000 dollars) 

Uquefled Petroleum Gases Heat and Power . 
Uquefled Petroleum Gases Feedstocks .. . . 
Motor Gasoline ..... .• • . .. • . •.. .. • .. • . 
Distillate Fuel Oil ... . • ....• .. . ..• • . • . . . 
Residual Fuel Oil •....•. •. ..•. .•..•• . . . 
Petrochemical Feedstocks . .. . . . •.• ..... 
Petroleum Coke •... . .... •• . • •. . ...••.. 
Asphalt and Road Oil . . .... .. ......•.... 
Still Gas . . . . . . . ... . .. .. ..•..• . ..•.. . . 
Miscellaneous Petroleum• . ..• •. . .•. . .... 

Petroleum Subtotal ......••. •. . ....... 
Natural Gas Heat and Power .•.•. .•... . . . 
Naturai-Gas-to-Uqulds Heat and Power . . . • 
Natural Gas Feedstocks .... .• ... . .. • . .. 
Lease and Plant Fuel• . ... .. . .... ..... . . 

Natural Gas Subtotal .. . . • .•. •.... .... 
Metallurgical Coal and Coke• • . • • .. • . •.. . 
Other Industrial Coal .•• •• .•. . .•.. . .• . . . 
Coal-to-Uqulds Heat and Power .. . . • .... . 

Coal Subtotal .... . . .. ..... ..... .. .. . 
Blofuels Heat and Coproducts .... . .... . . . 
Renewables• •.. .. . .•. . . . . . . ..•.•...•. 
Purchased Electricity . ...... . . ......... . 

Delivered Energy •••••••••••••••• • • • 
Electricity Related Losses . . ... .. . . .• . .•. 

Total ••••••• • •••• • ••••••••••••••••• 

Annual 
Growth 

~----r-~----~~----~~----~~----~~----~~------Lzoo~zo3o 
2005 2006 201 o 2015 2020 2025 2030 (percent) 

Reference Case 

0.18 0.17 0.20 0.20 
1.89 1.91 1.92 1.n 
0.37 0.38 0.38 0.37 
1.26 1.28 1.29 1.25 
0.28 0.28 0.28 0.25 
1.41 1.41 1.36 1.45 
0.89 0.93 0.91 0.95 
1.32 1.26 1.22 1.11 
1.64 1.69 1.72 1.87 
0.55 0.60 0.39 0.36 
9.79 9.92 9.67 9.60 
6.20 6.11 6.62 6.70 
0.00 0.00 0.00 0.00 
0.59 0.57 0.54 0.50 
1.1"4" - --;-.1-]---t;21·---1:tt 
7.93 7.65 6.37 8.43 
0.66 0 .66 0.63 0.57 
1.28 1.26 1.31 1.22 
0.00 0.00 0.00 0.13 
1.95 1.92 1.93 1.92 
0.24 0.30 0.67 1.00 
1.64 1.69 1.66 1.75 
3.46 3.42 3.50 3.61 

25.03 25.10 25.82 26.31 
7.59 7.45 7.50 7.63 

32.62 32.55 33.32 33.93 

0.03 
0.33 
0.07 
0.22 
0.05 
0.25 
0.16 
0.23 
0.29 
0.10 
1.71 
1.08 
0.00 
0.10 
0.20 
1.38 
0.12 
0.22 
0.00 
0.34 
0.04 
0.29 
0.61 
4.37 
1.32 
5.69 

0.03 
0.33 
0.06 
0.22 
0.05 
0.24 
0.16 
0.22 
0.29 
0.10 
1.70 
1.05 
0.00 
0.10 
0.20 
'1.35 
0.11 
0.22 
0.00 
0.33 
0.05 
0.29 
0.59 
4.31 
1.28 
5.59 

0.03 
0.32 
0.06 
0.22 
0.05 
0.23 
0.15 
0.20 
0.29 
0.06 
1.61 
1.10 
0.00 
0.09 
0.20 
1.40 
0.10 
0.22 
0.00 
0.32 
0.11 
0.28 
0.58 
4.31 
1.25 
5.56 

0.03 
0.27 
0.06 
0.19 
0.04 
0.22 
0.14 
0.17 
0.28 
0.05 
1.44 
1.01 
0.00 
0.08 
0.18 
1.27 
0.09 
0.18 
0.02 
0.29 
0.15 
0.26 
0.54 
3.95 
1.15 
5.10 

0.19 0.16 0.16 -o.3% 
1.64 1.59 1.55 -o.9% 
0.37 0.38 0.38 0.1% 
1.23 1.22 1.23 .0.2% 
0.23 0.23 0.23 -o.9% 
1.39 1.33 1.29 -o.4% 
0.97 0.98 1.00 0.3% 
1.08 1.10 1.13 .0.5% 
1.85 1.67 1.98 0.7% 
0.33 0.30 0.29 -3.0% 
9.27 9.15 9.25 -o.3% 
6.68 6.74 6.69 0.4% 
0.00 0.00 0.00 
0.46 0.43 0.39 -1.5% 
.25---1:27 1.21 - --().3%-

8.39 8.44 8.35 0.3% 
0.57 0.56 0.52 -1.0% 
1.20 1.19 1.18 -o.3% 
0.34 0.39 0.55 
2.11 2.14 2.26 0.7% 
1.49 2.28 2.31 8.9% 
1.83 1.93 2.02 0.7% 
3.59 3.55 3.52 0.1% 

26.70 27.50 27.70 0.4% 
7.57 7.43 7.28 .0.1% 

34.27 34.93 34.98 0.3% 

0.03 0.02 0.02 ·1.6% 
0.23 0.21 0.19 ·2.2% 
0.05 0.05 0.05 -1 .2% 
0.17 0.16 0.15 -1.5% 
0.03 0.03 0.03 -2.3% 
0.19 0.18 0.16 ·1.7% 
0.14 0.13 0.13 ·1.0% 
0.15 0.15 0.14 ·1.8% 
0.26 0.25 0.25 -o.7% 
0.05 0.04 0.04 -4.2% 
1.30 1.21 1.16 -1.6% 
0.94 0.89 0.84 -o.9% 
0.00 0.00 0.00 
0.06 0.06 0.05 -2.8% 
0.18 0.17 0.16 -1.0% 
1.18 1.12 1.04 -1.1% 
0.08 0.07 0.07 -2.3% 
0.17 0.16 0.15 -1.6% 
0.05 0.05 0.07 
0.30 0.28 0.28 -o.7% 
0.21 0.30 0.29 7.4% 
0.26 0.26 0.25 -o.6% 
0.50 0.47 0.44 ·1.2% 
3.75 3.64 3.46 -o.9% 
1.06 0.99 0.91 ·1.4% 
4.82 4.63 4.37 -1.0% 
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Table A6. Industrial Sector Key_ Indicators and Consum~tlon (Continued) 

Reference Case Annual 
Growth Key Indicators and Consumption 

2005 1 2006 1 2010 1 2015 1 I 2025 1 
2006-2030 

2020 2030 

Industrial Combined Heat and Power 
Capacity (gigawatts) •.......•.. • ....•.•. 26.87 25.69 28.11 31.79 36.84 42.15 44.85 
Generation (billion kllowatthours) . . • . .•.••. 139.95 139.50 155.59 182.91 220.78 261.90 281.41 

'Includes energy lor combined heat and power plants, except those whose primary buslnassls to sell efectrfclly, or electrtdly and heal, to the public. 
'Includes lubricants and miscellaneous petroleum products. 
'Represents natural gas used In wen, field, and lease operations, and In natural gas processing plant machinery. 
'Includes net coal coke Imports. 
'Includes consumption of energy produced from hydroelectrtc, wood and wood waste, municipal waste, and other biomass sources. 
BIU = British thermal uniL 
- - = Not appHcab1e. 

(percent) 

2.3% 
3.0% 

Note: Totals may not equal sum of components due to Independent rounding. Data for 2005 and 2006 are model results and may diller slighUy from ollldal EIA 
data reports. 

Sources: 2005 and 2006 prtcas for motor gasoDna and disliUata fuel on are based on: Energy Information Administration (EIA), Petroleum Marlceting Annual 
2006, DOEIEIA-o487(2008) (Washington, DC, August 2007). 2005 and 2008 pelrochemlcal feedstock and asphalt and road on prtces are based on: State Eneryy 
Oats Report 2005, DOEIEIA-o214(2005) (Washington. DC, June 2007). 2005 and 2008 coal prtcas are based on: EfA, Quarterly Coal Report, Oclobar.IJacember 
2006, DOEIEIA-Q121(200614Q) (Washington, DC, March 2007) and EIA, AE02008 National Energy Modeling System M1 AE02008.D030208F. 2005 and 2006 
electrtdty prices: EIA, Annual Energy Review 2006, DOEJEIA-o384(2006) (Washington, DC, June 2007). 2005 and 2006 natural gas prtcas are based on: EIA, 
Manufacturing Energy Consumption Survey 1994 and induslrtal and welillead prices from the Natural Gas Annual2005, DOEJEIA-Q131 (2005) (Washington, DC, 
November 2006) and the Natural Gas Monthly, DOEIEIA-ot30(2007/04) (Washington, DC, April 2007). 2005 refining consumption based on: Pefroleum Supply 
Annual 2005, DOEJEIA-Q340(2005)11 (Washington, DC, October 2006). 2008 refining consumpUon based on: Pelroleum Supply Annual 2006, 
DOEJEIA.Q340(2006)11 (Washington, DC, September 2007). Other 2005 and 2006 consumption values are based on: EIA, Annual Energy Review 2006, 
DOEJEIA.0384(2006) (Washington, DC, June 2007). 2005 and 200Bindustrfal shipments: Global Insight, Globallnsightlndustry model, July 2007. Pra)ectlona: 
EIA, AE02008 National Energy Modeling System Nn AE02008.D030208F. 
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Table A7. Trans ortation Sector Ke Indicators and Delivered Ener tion 

Reference Case Annual 

Key Indicators and Consumption Growth 
006-2030 

2005 (percent) 

Key Indicators 
Travel Indicators 

(billion vehicle miles traveled} 
Ught-Duty Vehicles less than 8,500 pounds 2687 2693 2TT7 3058 3375 3717 4069 1.7% 
Commercial Ugh! Trucks' . .. • . . . . .• . .. 69 70 73 81 87 94 101 1.5% 
Fraight Trucks greater than 10,000 pounds 228 235 250 279 304 328 351 1.7% 

(billion seat miles available) 
Air •.•.. .. • ... . •. .•.•. . •... . . •. . .. 1029 994 1130 1318 1457 1576 1665 2.2% 

(billion ton miles traveled} 
Rail ··········· · ··· ··· · ·· ·· · ······ 1588 1656 1702 1827 1932 2043 2147 1.1% 
Domestic Shipping . . •. .. •• • • . .. .•.... 610 619 643 677 701 713 721 0.6% 

Energy Efficiency Indicators 
(miles per gallon) 

Tested New Ught-Duty Vehicle" 25.5 26.5 27.2 30.8 35.8 36.4 36.6 1.4% 
New Car" .. .. ... . ·--;-:-:-:-.-;-: ;-;-:--.. -.. -. - - 3():2--"31:1 - --atS "34:9" 42.0 - '12:'f- -~-1.3% - ---- -
New Ugh! Truck" ... . ·· ·· ···· ···· ·. 22.4 23.2 23.7 27.7 31.4 32.2 32.4 1.4% 

On-Road New Ught-Duty Vehicle" .....• . 20.6 21 .5 22.1 25.2 29.4 30.1 30.5 1.5% 
Newca~ ··········· ·· ·· ·· · ...... 24.5 25.3 25.7 28.7 34.7 35.1 35.3 1.4% 
New Ugh! Truck" .. . .. .. .. . ·· ·· ·· · · 18.0 18.7 19.2 22.5 25.7 26.5 26.9 1.5% 

Ught-Duty Stock' ... . . . • •• . • . ...•••.. 19.9 20.3 20.3 21.5 23.7 26.1 27.9 1.3% 
New Commercial Ugh! Truck' . . . • . . .. .• 15.0 15.6 15.7 18.1 19.8 20.2 20.2 1.1% 
Stock Commercial Ugh! Truck' . . . .....• 14.1 14.3 14.9 15.9 17.4 18.9 19.8 1.4% 
Fralght Truck . • • ••••.•.... • . . •...... 6.0 6.0 6.0 6.2 6.5 6.7 6.8 0.5% 

(seat miles per gallon) 
Aircraft •.. . •• •.• . ...••.. • . •. . • ..... 60.9 62.2 63.5 65.3 67.2 68.7 70.0 0.5% 

0 (ton miles per thousand Btu) 
Rail ...... . .. .... .. .. .. . .. .. .... . . 2.9 2.9 2.9 2.9 3.0 3.0 3.0 0.1% 
Domestic Shipping • . •. . . . • . . . .. .. .. .• 2.0 2.0 2.0 2.0 2.0 2.0 2.0 0.1% 

Energy Use by Mode 
(quadrillion Btu) 

Ught-Duty Vehicles •• ...... . .. . .. . .. .... 16.23 16.41 16.52 17.01 17.10 17.11 17.52 0.3% 
Commercial Ugh! Trucks' .. . . • . .. •.. . .... 0.61 0.62 0.62 0.64 0.63 0.63 0.64 0.2% 
Bus Transportation · ·· ····· · · ····· ··· ·· · 0.26 0.26 026 0.27 0.27 0.28 0.29 0.3% 
Freight Trucks . ..• ... . .. . . .. . . .• . •.•... 4.74 4.89 5.18 5.60 5.85 6.13 6.44 12% 
Rail, Passenger ..... .. • .. • •. .. . . . ...... 0.04 0.04 0.05 0.05 0.05 0.05 0.06 1.1% 
Rail, Freight .. ... ..•... . . ... • . . • . . ....• 0.55 0.57 0.58 0.62 0.65 0.69 0.72 1.0% 
Shipping, Domestic ...•.. • ..• . . . . .•. ..•. 0.31 0.32 0.33 0.34 0.35 0.36 0.36 0.5% 
Shipping, international . . ... . . . . . . . .. . . . . • 0.77 0.78 0.79 0.78 0.79 0.80 0.80 0.1% 
Recreational Boats .. .. .. .... ... .... . ... 0.24 0.24 0.25 0.26 0.28 0.29 0.30 0.9% 
Air 0 •••• •••• • •••• • •• • • • • • •• • •• • ••• • •• 2.72 2.65 2.90 3.29 3.61 3.92 4.22 2.0% 
Military Use . . ... ..... .. . . . • . . • . . .• .. .. 0.68 0.69 0.73 0.71 0.73 0.75 0.76 0.4% 
Lubricants . .... ...•.. . .. • . .• . . . . . ...•. 0.15 0.15 0.14 0.14 0.14 0.15 0.15 0.1% 
Pipeline Fuel .. . • ...•.. . . . ... . .. • •..•.. 0.60 0.59 0.64 0.66 0.69 0.72 0.72 0.8% 

Total ••••••••••••••• . •••••• • •••••••• 27.90 28.20 28.98 30.37 31.15 31.86 32.98 0.7% 

0 
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Table A7. Transportation Sector Key Indicators and Delivered Energy Consumption 
(Continued) 

Key Indicators and Consumption 

2005 

Energy Use by Mode 
(million barrels per day oil equivalent) 

Ught-Duty Vehicles .•.•••..••..•••••.... 
Commercial Ught Trucks' ············ ··· · 
Bus Transportation ·················· ··· 
Freight Trucks •...•..••.. . .... . ..•.• .. . 
Rail, Passenger .•...•...•......•.... . .. 
Rail, Freight .• . • ....•... • ... . ..•.. ... . . 
Shipping, Domestic ......... . ... . .... .. . 
Shipping, International .•••......•...•.•.. 
Recreational Boats ..... ... .... ......... 
Air . ·········· ···· ············ ··· ··· · 
Military Use ... •• ...••. .. ..•..•• . .•.•.. 
Lubricants ...... .. ..... .. ... ...... .... 
Pipeline Fuel ······· ··· ·· ··· ·· ········· 

Total •••••••••••••••••••••••• • •••••• 

'Commercfalltucks 8,500 to 10,000 pounds. 
'Environmental Protection Agency rated miles per gallon. 
'Tested new vehicle eflldency revised for on-road perfonnance. 
'Combined car and light truck "on-the-road' estimate. 
Btu = British thermal unll 

8.51 
0.32 
0.12 
2.26 
0.02 
0.26 
0.14 
0.34 
0.13 
1.32 
0.33 
0.07 
0.30 

14.11 

l 2006 I 
8.60 
0.32 
0.13 
2.33 
0.02 
0.27 
0.15 
0.34 
0.13 
1.28 
0.33 
0.07 
0.30 

14.27 

Reference Case Annual 
Growth 

I I I I f-!006-2030 
2010 2015 2020 2025 2030 (percent) 

8.94 9.26 9.48 9.56 9.74 0.5% 
0.33 0.35 0.34 0.34 0.35 0.3% 
0.13 0.13 0.13 0.13 0.14 0.4% 
2.48 2.69 2.80 2.94 3.09 1.2% 
0.02 0.02 0.02 0.03 0.03 1.1% 
0.28 0.30 0.31 0.33 0.34 1.0% 
0.15 0.16 0.16 0.17 0.17 0.5% 
0.35 0.34 0.35 0.35 0.35 0.1% 
0.14 0.14 0.15 0.16 0.16 1.1% 
1.40 1.59 1.75 1.89 2.04 2.0% 
0.35 0.34 0.35 0.36 0.37 0.4% 
0.07 0.07 0.07 0.07 0.07 0.1% 
0.32 0.33 0.35 0.36 0.36 0.8% 

14.96 15.72 16.27 16.69 17.20 0.8% 

Note: Totals may not equal sum of components due to Independent rounding. Data for 2005 and 2006 are model results and may differ sllghUy from official EiA 
data reports. 

Sources: 2005 and 2006: Energy Information Admlnisttatlon (EIA), Natural Gas Annua/2005, DOEJEiMl131 (2005) (Washington, DC, November 2006); EIA, 
Annual EnetrlY Review 2006, DOEJEIMl384(2006) (Washington, DC, June 2007); Federal Highway AdmlnlsttaUon, Highway Stsllsllcs 2005 (Washington, DC, 
December 2006); Oak Ridge National laboratory, Transportation Energy Data Book: EdiUon 26 end Annual (Oak Ridge, TN, 2007); National Highway Trelflc and 
Safety Administration, Summaty of Fuel Economy Perforrnsnce (Washington, DC, March 2004); U.S. Department of Commerce, Bureau of the Census, "Vehicle 
Inventory and Use Survey; EC97TV (Washington, DC, October 1999); ElA, SIBle EnefT1YDaiB Report 2005, DOEIEIA-()214(2005) (Washington, DC, June 2007); 
EiA, A/lsma!Nes to Trad/Uonsl Transportsllon Fuals 2005 (Part 11-User and Fuel Dais}, November 2007; U.S. Department of Transportation, Rasearch and Special 
Programs Administration, Air Carrier SIBI/sl/cs Monthly, December 200612005 (Washington, DC, 2006); EIA, Fuel Oil and Kerosene Sales 2004, DOEJEIA-
0535(2004) (Washington, DC, November 2005); and United States Departmant of Defense, Defense Fuel Supply Canter. Pra)ecUons: EIA, AE02008 NaUonal 
Energy Modeling System run AE02008.D030206F. 
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0 Table AS. Electricity Supply, Disposition, Prices, and Emissions 
lBillion Kilowatthours, Unless Otherwise Noted) 

Reference Case Annual 

Supply, Disposition, and Prices Growth 

I I I I I I ZOIJ6.2030 
2005 2006 2010 2015 2020 2025 2030 (percent) 

Generation by Fuel Type 
Electric Power Sector' 

Power Only' 
Coal ······ ····· ···· ··· ··· ······ ····· 1956 1930 2002 2122 2287 2502 2756 1.5% 
Petroleum .. ... . .• . . • . . .•...• • . • .••... 111 55 49 50 52 54 56 0.1% 
Natural Gas' ..•. . . .. . • .• .. • . . .• • . . .... 554 608 695 682 614 543 503 -0.8% 
Nuclear Power .... ... ...... .. .... ... .. 782 787 797 807 868 911 917 0.6% 
Pumped Storage/Other" . .. •.. •• . • . . .. . .. 1 0 1 1 1 1 1 5.4% 
Renewable Sourcas• ....... ... .. ....... 319 347 421 465 518 540 553 2.0% 
Distributed Generation (Natural Gas) . ..... . 0 0 0 1 1 2 4 

Total ..... ....... .................... 3722 3727 3965 4128 4340 4552 4790 1.1% 
Combined Heat and Power" 

Coal · ·· ····· ··· ·· ·· ····· ··· ····· ··· · 37 36 32 32 32 32 31 -0.6% 
Petroleum • ..• . • . .. . ....•.•... • . •.•..• _6 --- ___!_ __ 1 1 - 1_ __ 1 1 -6.Il'o 
Natural Gas ··· ·· ··········· ·········· 130 124 124 123 108 99 96 -1 .1% 
Renewable Sources . . . ..••. . .. . • . . .. .•. 4 4 4 4 5 5 5 0.5% 

Total ..... .......................... 180 173 160 160 145 136 133 -1.1% 
Total Net Generation .................... 3902 3900 4125 4288 4485 4688 4923 1.0% 
Less Direct Use •.... . ......•.•. • ..•.•... 33 33 34 34 34 34 34 0.1% 

Net Available to the Grid .................. 3869 3866 4091 4254 4451 4654 4889 1.0% 

End-Use Generation' 
' Coal ·· ·· ········ ····················· 22 22 21 28 39 41 51 3.6% 

Petroleum . . •. .•.. • . • . . .• . • . •. • . .. ... • • 6 4 6 6 7 9 9 3.6% 

0 Natural Gas .... .... ..... ... .... ....... 73 74 88 99 111 124 138 2.6% 
· Other Gaseous Fuels" .... ...... ...... .. . 5 5 4 4 4 4 4 -0.7% 
Renewable Sources• ............ ........ 34 34 37 48 65 94 98 4.5% 
Other'0 .. . ... . .. .. ... ...... .. .... .... 14 13 12 12 12 12 12 -0.4% 

Total .... ..... ... ............ ........ 152 152 169 197 238 285 313 3.1% 
Less Direct Use ······ ···· ········ ······ 123 121 134 155 182 211 234 2.8% 

Total Sales to the Grid ••••••••••••••••• 30 31 34 42 56 74 79 4.0% 

Total Electricity Generation ••••••••••••••••• 4054 4051 4294 4485 4723 4973 5235 1.1% 
Total Net Generation to the Grid • • •••• • • ••• •• 3899 3897 4126 4296 4507 4728 4968 1.0% 

Netlmports • •••••••• • •••••••••••••••••••• 25 18 15 11 13 16 23 1.0% 

Electricity Sales by Sector 
Residential . . ... . . .. . . . . . .... ... . . .. ... . . 1359 1351 1450 1472 1540 1620 1722 1.0% 
Commercial . . .. .. . . . . .. .. •. . . . ... . . . .... 1275 1300 1386 1522 1661 1802 1941 1.7% 
Industrial . ..... ...... ... ........ ........ 1019 1002 1027 1058 1052 1041 1033 0.1% 
Transportation . • . . . . . .. . . . ... . . . . .... .. . . 6 6 7 7 8 8 9 1.3% 
Total .... ..... .... ........... ... ....... 3660 3659 3869 4059 4261 4472 4705 1.1% 

Direct Use ... ..... .... ....... .. ...... ... 156 154 168 189 216 245 267 2.3% 
Total Electricity Use ·· ······· ··········· 3815 3814 4037 4248 4477 4717 4972 1.1% 

End-Use Prices 
(2006 cents per kilowatthour) 

Residential . . .. . . • • .. . .. . • .• • .• . . . .. ..... 9.7 10.4 10.7 10.2 10.3 10.3 10.5 0.0% 
Commercial . . .. . . . ... .• .. . .•...... . •... • 8.9 9.5 9.5 8.7 8.7 8.8 8.9 ·0.2% 
Industrial · ·· ····· ···· ········ ·· ········· 5.9 6.1 6.6 5.9 5.9 5.9 6.0 -0.1% 
Transportation . . • ..... . . . . . . . .. . ... .. .... 10.5 10.1 10.6 9.9 9.9 9.9 10.1 -0.0% 

All Sectors Average ••••••••••••• • ••••••• 8.4 8.9 9.2 8.5 8.6 8.7 8.8 -0.0% 

Prices by Service Category 
(2006 cents per kilowatthour) 

Generation . .. . . . ... . . . ... .. .. . .. .. .. .. . . 5.4 5.9 6.2 5.5 5.6 5.7 5.9 -0.1% 
Transmission . . . . . . • .. . . . • . . . •. .. ... ..... 0.6 0.6 0.7 0.8 0.8 0.8 0.8 1.1'Yo 
Distribution •. . . . . .. .. .......... ..... .... 2.3 2.3 2.3 2.3 2.3 2.2 2.2 ..().2% 

0 
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Table AS. Electricity Supply, Disposition, Prices, and Emissions (Continued) 
_tBillion Kilowatthours, Unless Otherwise Noted) 

Reference Case 

Supply, Disposition, and Prices 

2005 1 2006 1 2010 1 2015 1 I I 2020 2025 2030 

Electric Power Sector Emissions' 
Sulfur Dioxide (million tons) .. ..... . ...•. . .. . 10.22 9.39 6.43 4.67 3.n 3.66 3.71 
Nitrogen Oxide (million tons) . •.... •.. ••.... . 3.64 3.41 2.33 2.11 2.11 2.14 2.16 
Mercury (tons) . ....•.•..• . ..... .. .. • .... • 51.72 50.37 37.24 24.75 19.23 16.88 14.95 

'Includes eleclrlcily-only and combined heat and power plants whose primary business Is to sell eiBC!rlcity, or elactrfcity and heat, to the pubftc. 
'Includes plants that only produce elactrfcity. 
01ncludes electrfcity generation from fuel cells. 

Annual 
Growth 

fi!00&-2030 
(percent) 

·3.8% 
·1.9% 
-4.9% 

'Includes non-biogenic munlclpel waste. The Energy lnlormBIIon Administration estimates approxlmataly 7 biiUon kDowallhours ol electrldty was generated from 
this material In 2005. See Energy lnlormation Administration, Methodology for AJiocsUng Municipal Solid Waste lo Biogenic and Non-Biogenic Energy, 
(Washington, DC, May 2007). 

11ncludas conventional hydroelectric, geothermal, wood, wood waste, biogenic municipal waste, landHD gas, other biomass, solar, and wind power. 
'Includes combined heat and power plants whose primary business Is to seD eiBC!rlcity and heat to the public O.e., those thai report North American Industry 

Classification System code 22). 
'Includes combined heat and power plants and elactrfclty-only plants In the commen:lal and Industrial sectors; and small on-site generating systems In the 

residential, commercial, and Industrial sectors used primarily lor own-use generation, but which may also seU some power to the grid. 
'Includes refinery ges and still gas. 
'Includes conventional hydroelectric, geothermal, wood, wood waste, aD municipal waste, landfill gas, other biomass, solar, and wind power. 
"Includes batteries, chemicals, hydrogen, pitch, purchased steam, sulfur, and miscellaneous technologies. 
• · = Not applicable. 
Note: Totals may not equal sum ol components due to Independent rounding. Data lor 2005 and 2008 are model rasults and may diller sllghtiy lrom official EIA 

data reports. 
Sources: 2005 and 2006 electric power sector generation; sales to UUHties; net Imports; electricity sales; and emissions: Energy lnlormation Administration 

(EIA), Annual Energy Review 2006, DOEJEIA.0384(2008) (Washington, DC, June 2007), and supporting databases. 2005 and 2008 prices: ,EIA. AE02008 
National Energy Modeling System run AE02008.D030208F. ProJections: EIA, AE02008 National Energy Modeling System run AE02008.0030208F. 
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0 Table A9. Electricity Generating Capacity 
(Gigawatts) 

Reference Case Annual 

Net Summer Cepaclty1 Growth 

I I I I I I ~006-2030 
2005 2006 2010 2015 2020 2025 2030 (percent) 

Electric Power Sector 
Power Only' 

Coal •.•.... ..• •.••.......• . .. . • . . . ..• 305.1 305.2 311 .4 319.3 338.5 367.6 401.5 1.1% 
Oil and Natural Gas Steam• ········ ·· ···· 120.8 119.3 118.0 93.2 93.0 92.6 92.6 -1 .1% 
Combined Cycle ...... ..... ..... .... ... 137.4 144.7 158.2 159.9 164.2 173.3 1n.5 0.9% 
Combustion Turbine/Diesel .•. • • . .... . . ... 127.4 128.1 134.5 127.1 129.2 140.9 161.8 1.0% 
Nuclear Power" ······· ······ ·· ··· ··· ··· 100.2 100.2 100.9 102.1 110.9 115.7 114.9 0.6% 
Pumped Storage ·········· ·· ····· · ···· · 21 .5 21.5 21.5 21.5 21.5 21 .5 21.5 0.0% 
Fuel Cells .. ... •••. • •.... .. . . • . .••• . •. • 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
Renewable Sources• .•.•..• . . .. . . •.• ... . 92.8 95.7 110.9 116.6 122.9 127.5 131.8 1.3% 
Distributed Generation' ••.... • . •.. •• •. . . • 0.0 0.0 0.3 0.9 2.7 5.9 9.8 

Total ····················· ····· ·· ·· 905.2 914.7 955.7 940.6 982.8 1045.0 1111.4 0.8% 
Combined Heat and Power" 

Coal ........ . .... . ..... . .. .. . . ... . . . . 4.6 4.6 4.6 4.6 4.6 4.6 4.6 0.0% 
Oil and Natural Gas Steam• ... ........ ... 0.4 0.4 or-· 0.4 0.4 0.4 0.4----o:Oo/o - ----
Combined Cycle ........... .. ... .. ... .. 31 .9 31.8 31 .8 32.5 32.5 32.5 32.5 0.1% 
Combustion Turbine/Diesel . . .• . . . . . .. .•.. 2.9 2.9 2.9 2.9 2.9 2.9 2.9 -D.Oo/o 
Renewable Sources• .••..• • . . . . . . .• . ... . 0.7 0.7 0.7 0.7 0.7 0.7 0.7 0.2% 

Total .............................. 40.4 40.3 40.3 41.0 41.0 41.0 41.0 0.1% 

Cumulative Planned Additions• 
Coal . . .. •. • . ...••.•...•... • .• . • • ....• 0.0 0.0 7.7 10.7 10.7 10.7 10.7 
Oil and Natural Gas Steam• .. ..... ... .... 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
Combined Cycle ............. ........ .. 0.0 0.0 13.5 15.5 15.5 15.5 15.5 
Combustion Turbine/Diesel ..• .. • • . . • . . ... 0.0 0.0 3.9 3.9 3.9 3.9 3.9 

0 Nuclear Power . •• •.•... .... .. .. . • .• .. . . 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
Pumped Storage ........ ..... ...... ... . 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
Fuel Cells •. .. . .... . ..... ... . • .. .. .. . .. 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
Renewable Sources• .•..•. • .. . . •.. . • .. . • 0.0 0.0 9.5 9.5 9.6 9.8 9.9 
Distributed Generation' • . . . .. . . •.. . . ... . . 0.0 0.0 0.0 0.0 0.0 0.0 0.0 

Total ..... ......................... 0.0 0.0 34.5 39.6 39.7 39.9 40.0 
Cumulative Unplanned Additions• 

Coal .....• .. . • .... . .•. . . • . · · ·· · . .•. . • 0.0 0.0 0.0 6.8 26.3 55.6 89.5 
Oil and Natural Gas Steam• .... ... .... .. . 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
Combined Cycle ······ ····· ·· · .. ....... 0.0 0.0 0.0 0.3 4.6 13.7 17.9 
Combustion Turbine/Diesel .. . . . . . . • • . . ... 0.0 0.0 3.3 4.6 6.7 18.4 39.5 
Nuclear Power • .. . ••...... • .• • . .. • •. . .. 0.0 0.0 0.0 0.0 8.0 12.8 16.6 
Pumped Storage ....... ... ..... ........ 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
Fuel Cells ... .• . . •• . .. . ... • . .• .... .. . . . 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
Renewable Sources• . . .. . .. . . . . .. . .. . . .• 0.0 0.0 5.8 11.5 17.6 22.2 26.3 
Distributed Generation' . . . .. .•....... . • .. 0.0 0.0 0.3 0.9 2.7 5.9 9.8 

Total ····· ························ · 0.0 o.o 9.5 24.1 65.9 128.5 199.6 
Cumulative Electric Power Sector AddiUons 0.0 0.0 44.0 63.7 105.7 168.4 239.6 

Cumulative Retlrementa10 

Coal . . .. ... . . . .. .• • .... .. . ... . . . .. • .. 0.0 0.0 1.5 3.4 3.7 3.9 3.9 
Oil and Natural Gas Steam• ···· ·· ···· ···· 0.0 0.0 1.4 26.1 26.4 26.7 26.8 
Combined Cycle ······· ·· ··· ·· ····· ···· 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
Combustion Turbine/Diesel . .. .. •. • . . . . ... 0.0 0.0 0.7 9.4 9.4 9.4 9.7 
Nuclear Power •... . ...... ··· ·· ········ 0.0 0.0 0.0 0.0 0.0 0.0 4.5 
Pumped Storage ..... .. .. ..... .. ....... 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
Fuel Cells .... • .. •• ....•.. ..... ....... 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
Renewable Sources• . ..... . • . . . . . . .• . .. • 0.0 0.0 0.0 0.0 0.0 0.0 0.0 

Total ····· ············ ·· ······ ····· 0.0 0.0 3.6 38.9 39.5 40.0 44.8 

Total Electric Power Sector Cepaclty •••••••• 945.6 955.0 996.0 981.6 1023.8 1086.0 1152.4 0.8% 

0 
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Table A9. Electricity Generating Capacity {Continued) 
(Gigawatts) 

Reference Case 

Net Summer capacity' 

Annual 
Growth 

t-2-0-05-T""' ,-20_0_6-.,lr--2-0-1 0-r-,2_0_1_5 -T""' ,-20_2_0_,,.--2-0_25_T""' ,203--0--L~=~c!~~f 

End-Use Generators" 
Coal • •• .•.• . .••.•••.•••• . ........•. . . . 
Petroleum .• .. . ...• •• •• . .••......•... • . 
Natural Gas •.. • ••... . ••• •. ..•••....•..• 
Other Gaseous Fuels .. •..•• • .•.. • . .•.. .. 
Renewable Sources• •• . . • •.. .. . • •. . .... • . 
Other ••..... .• •... . .•..• . ...•• . .•••.. • 

Total •••••••••••••••••••••••••••••••• 

Cumulative Capacity Additions• 

4.1 
1.2 

14.7 
2.2 
6.0 
0.9 

29.0 

0.0 

4.0 4.0 
1.2 1.7 

14.1 15.8 
1.8 1.7 
6.0 6.7 
0.8 0.8 

27.9 30.7 

0.0 2.9 

4.9 6.3 6.6 8.0 
1.7 1.9 2.1 2.1 

17.2 18.8 20.6 22.4 
1.7 1.7 1.7 1.7 
82 10.8 15.2 16.7 
0.8 0.8 0.8 0.8 

34.6 40.4 47.0 51.8 

6.8 12.5 19.1 23.9 

'Net summer capacity Is the steady hourly output thai generating aqulpmantls expeded to supply to system load (exclusive o1 auldllary power), as 
demonstrated by tests during summer peak demand. 

11ncludes electricity-only and combined heal and power plants whose primary business Is to sell electricity, or alaclrlclty and heal, to the public. 
11ncludas plants that only praduce eleclrlclly. Includes capacity Increases (upralas) at exlsllng units. 
'Includes oil-, gas-, and dual-llred capacity. 
'Nuclear capacity Includes 2.7 gigawatts of upratas through 2030. 

2.9% 
2.4% 
2.0% 

·0.1% 
4.4% 
0.0% 
2.6% 

"'ncludes conventional hydroeleclrlc, geothermal. wood, wood waste, all municipal wasta, landfDI gas, other biomass, solar, and wind power. Facilities co-llring 
biomass and coal are classified as coal. 

'Primarily peak load capacity fueled by natural gas. 
'Includes combined heal and power plants whose primary business Is to saD electricity and heat to the public Q.e., those that report North American Industry 

Classification System code 22). 
'Cumulative additions after December 31, 2006. 
"Cumulative retirements after December 31, 2006. 
"lncludas combined haal and powar plants and aleclriclly-only plants In the commercial and Industrial sectors; and small on-slta generating systems In the 

residential, commercial, and Industrial sectors used primarily for own-use generation, but which may also seU some power to the grid. 
- - = Not applicable. 
Note: Totals may not equal sum of components due to Independent rounding. Data for 2005 and 2006 are model results and may differ sllghUy from official EIA 

data reports. 
Sources: 2005 and 2006 capacity and projected planned additions: Energy Information Administration (EIA), Form EIA-860, 'Annual Electric Generator 

Report" (preliminary). Pro)ecUons: EIA, AE02008 National Energy Modeling System run AE0200B.D030208F. 
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Reference Case 

Table A 10. Electricity Trade 
(Billion Kilowatthours, Unless Otherwise Noted) 

Reference Case Annual 

Electricity Trade 
Growth 

I I I I I I 006-2030 
2005 2006 2010 2015 2020 2025 2030 (percent) 

Interregional Electricity Trade 

Gross Domestic Sales 
Arm Power •...•.. • .•. . . . ..•.••.•..•.•.. 127.0 119.4 105.5 82.4 50.6 37.9 37.9 -4.7% 
Economy ..•....•.•.•... . •.•....•.••.... 1n.3 169.7 207.2 260.7 220.3 229.5 222.6 1.1% 

Total ................................ 304.3 289.1 312.7 343.1 270.9 267.4 260.4 -o.4% 

Gross Domestic Sales (million 2006 dollars) 
Arm Power •...••...... . •.•...•...•..•.• 7077.5 6656.0 58n.2 4592.5 2820.0 2111.0 2111.0 -4.7% 
Economy .... . .. .. .• .. . . •.•....•.....•.. 12274.8 9907.5 12125.3 12861.2 10709.6 10964.4 11182.2 0.5% 

Total ································ 19352.3 16563.4 18002.5 17453.6 13529.6 13075.4 13293.2 -o.9% 

International Electricity Trade 

~-

Imports from Canada and Mexico · - ~- - - --·-----
Arm Power ••.. . ...... .. ...•..•..••..... 13.1 13.7 2.5 1.9 0.8 0.4 0.4 -13.8% 
Economy .•..... • . . ... ..... . .......••..• 31.4 28.8 28.9 24.7 26.6 27.5 34.3 0.7% 

Total ....... ......................... 44.5 42.4 31.4 26.6 27.4 27.9 34.7 -D.8% 

Exports to Canada and Mexico 
Arm Power ... . . ....• . .•• . ........•...... 2.9 3.2 1.0 0.7 0.2 0.0 0.0 
Economy. 00 00 •• • 00 00 . ..... ............ 16.9 21.4 15.5 15.0 14.0 12.1 12.1 -2.3% 

Total ................................. 19.8 24.6 16.5 15.6 14.2 12.1 12.1 -2.9% 

- - = Not applicable. 
Note: Totals may not equal sum of components due to Independent rounding. Data lor 2005 and 2006 are model results and may diller sfighlly from official EIA 

data reports. Arm Power Sales are capacity sales, meaning the delivery of the power Is scheduled as part of the normal operating condiUons of the affected 
electric systems. Economy Sales are subject to curtailment or cessation of delivery by the suppfier In accordance with prior agreements or under specified 
conditions. 

Sources: 2005 and 2006 Interregional firm electricity trade data: North American Electric Reliability Council (NERC), Becllfclty Sales and Demand Database 
2004. 2005 and 2006 Mexican electricity trade data: Energy lnlormatlon Admlnlstratlon (EIA), Electric Power Annua/2006 DOE/EIA-0348(2006) (Washington, DC, 
November 2007). 2005 Canadian lntematlonal electricity trade data: National Energy Board, Annual Report 2005. 2006 Canadian eleclriclty trade data: Natlonal 
Energy Board, Annual Report 2006. Pro)ecUons: EIA, AE02008 National Energy Modeling System run AE02008.D030208F. 
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Table A 11. Liquid Fuels Supply and Disposition 
(Million Barrels per Da~, Unless Otherwise Noted) 

Supply and Disposition 

Crude Oil 
Domestic Crude Production' •... • ..••• . . . .. . 

Alaska . ..... •.. . . •.•.•.....• •• ..•.•.. . 
lower 48 States • .. . ••.. •. .• • . .. . . ••. . . . 

Net Imports . ..•.. .•. ..• ....• . .• .. . . .. .• . 
Gross Imports • ....•.... . .•.• • • •. .••• . .. 
Exports •• •• . ......•... • ••..•. .. •.•... . 

Other Crude Supply' ••. • ..•.... . . .. . .. . .• . 
Total Crude Supply ••••••••••••••••••••• 

Other Supply 
Natural Gas Plant Uqulds •• .. .. .. •• . •. ..... 
Net Product Imports ..•.•••..•..••...•..... 

Gross Refined Product Imports• ... .. ...•... 
Unfinished Oil Imports .. ..... . .•..••• ... . 
Blending Component Imports •• • ..•. . •.... . 
Exports •.•.•. . .••.•.• •. •.•.... • ••••... 

Refinery Processing Galn4 
•• • •••••• • • • ••• •• • 

Other Inputs .. ... ..... . . . ............. . . . 
Ethanol .••.... . . . ...... • .•.•. • . • .•... . 

Domestic Production .• . .••.••.. .• • . . ... 
Net Imports .• . . . ... •. • . •... .• . .• . . ... 

Blodlesel • ••.. •• . . ...• • . • . •• • •.••. • .• .• 
Domestic Production .. • . • ••.••. . •••... . 
Net Imports • ..•...... • .•.... • ..•. . . •. 

Uqulds from Gas . . .. •. . . • .•• •.. . . . •• . .. 
Uqulds from Coal .••.• •. ..•••• .•• .•.• . • . 
Uqulds from Biomass ••••...•.... • •••.•.. 
Other" ... .•• . • •• •• ••• •••. •••... . •. . .. . 

Total Primary Supply" •••••••••••••••••••••• 

Uquld Fuels Consumption 
by Fuel 

Uquefied Petroleum Gases ..... .•. .... ... 
E857 •• • • • • . • • •• ••••••••••••• • •••• .. •• 

Motor Gasoline• • ..•.... • •... . .. . .. . . .. . 
Jet Fuel" ..• • • . ....... .. ...•.• . •.•.. •.. 
Distillate Fuel Oil'" . .. . .. . .. . . .. .. . .. . .. . 

Diesel . . • .. •. ... • . •..• . •. • . .. .. . ..... 
Residual Fuel Oil ..... .. ............ . . . . 
Other" .•..•.. . ...•• •.. ..••. . .•.•..• .. 

by Sector 
ResldenUal and Commercial •..•. •• ..•... . . 
lndustrial12 

•••••••••••• • •••••••••••••• • • 

TransportaUon .. .. • . . . .•• ...•. .• ..•. ... 
Electric Power'" .....•• . ...••.• . .. . • . . • . 

Total •••••••••••••••••••••••••••• • •••• • 

Discrepancy" • • ••••••••••••••••• • •••••••• 

Annual 
Growth 

r-----r-~----~~----~~----~~----_l~----~~------L~oo~~ao 
2005 ~06 2010 2015 L 2020 2025 ~30 (percent) 

Reference Case 

5.19 
0.86 
4.33 

10.09 
10.12 

0.03 
-o.o5 
15.23 

1.72 
2.47 
2.45 
0.58 
0.54 
1.07 
0.99 
0.41 
0.26 
0.25 
0.01 
0.01 
0.01 
0.00 
0.00 
0.00 
0.00 
0.14 

20.82 

2.03 
0.00 
9.16 
1.68 
4.12 
3.04 
0.92 
2.89 

1.19 
5.09 

13.91 
0.55 

20.80 

0.02 

5.10 
0.74 
4.36 

10.09 
10.12 

0.03 
0.05 

15.24 

1.74 
2.31 
2.17 
0.69 
0.68 
1.22 
0.99 
0 .45 
0.36 
0.32 
0.05 
0.02 
0.02 
0.00 
0.00 
0.00 
0.00 
0.07 

20.74 

2.05 
0.00 
9.25 
1.63 
4.17 
3.21 
0.69 
2.86 

1.07 
5.15 

14.05 
0.29 

20.65 

0.09 

5.93 
0.69 
5.24 
9.60 
9.63 
0.03 
0.00 

15.53 

1.68 
1.72 
1.61 
0.67 
0.74 
1.30 
1.05 
1.04 
0.81 
0.74 
0.07 
0.04 
0.04 
0.00 
0.00 
0.00 
0.00 
0.18 

21.02 

2.05 
0.00 
9.59 
1.66 
4.40 
3.72 
0.70 
2.58 

1.08 
5.06 

14.60 
0.25 

20.99 

0.03 

6.16 
0.57 
5.59 
9.89 
9.92 
0.03 
0.00 

16.04 

1.70 
1.47 
1.34 
0.67 
0.79 
1.33 
1.06 
1.46 
1.04 
0.93 
0.11 
0.08 
0.08 
0.00 
0.00 
0.06 
0.07 
0.21 

21.74 

1.96 
0.12 
9.73 
1.85 
4.68 
4.00 
0.69 
2.65 

1.11 
4.98 

15.33 
0.25 

21.68 

0.06 

6.23 
0.70 
5.53 
9.75 
9.79 
0.03 
0.00 

15.98 

1.72 
1.37 
1.41 
0.64 
0.67 
1.36 
1.00 
1.97 
1.41 
1.17 
0.24 
0.07 
0.07 
0.00 
0.00 
0.15 
0.14 
0.21 

22.04 

1.86 
0.67 
9.24 
2.01 
4.91 
4.23 
0.69 
2.58 

1.13 
4.79 

15.79 
0.26 

21.96 

0.08 

6.04 
0.53 
5.51 

10.11 
10.14 

0.03 
0.00 

16.15 

1.61 
1.27 
1.50 
0.62 
0.59 
1.45 
0.97 
2.34 
1.59 
1.45 
0.15 
0.07 
0.07 
0.00 
0.00 
0.17 
0.28 
0.22 

22.34 

1.81 
0.97 
8.84 
2.16 
5.19 
4.52 
0.69 
2.57 

1.12 
4.70 

16.15 
0.27 

22.25 

0.09 

5.59 
0.30 
5.30 

11 .03 
11.06 

0.03 
0.00 

16.63 

1.57 
1.26 
1.56 
0.70 
0.52 
1.52 
0.99 
2.41 
1.56 
1.44 
0.12 
0.08 
0.08 
0.00 
0.00 
0.24 
0.29 
0.24 

22.86 

1.80 
0.92 
8.91 
2.31 
5.53 
4.87 
0.70 
2.62 

1.12 
4.73 

16.66 
0.28 

22.80 

0.06 

0.4% 
-3.7"/o 
0.8% 
0.4% 
0.4% 
0.4% 

0.4% 

-o.4% 
·2.5o/a 
-1.4% 
0.1% 

-1.1% 
0.9% 
0.0% 
7.2% 
6.2% 
6.5% 
4.0% 
6.9% 
6.9% 

5.0% 

0.4% 

-Q.5"1a 
33.5% 
-o.2% 
1.5% 
1.2% 
1.8% 
0.0% 

-Q.4o/a 

0.2% 
-Q.4"1a 
0.7% 

-o.1o/a 
0.4% 
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Reference Case 

Table A11. Liquid Fuels Supply and Disposition (Continued) 
(Million Barrels per Day, Unless Otherwise Noted) 

Reference Case 

Supply and Disposition 

2005 1 2006 J 2010 1 2015 1 I 2025 1 2020 

Domestic Refinery Distillation Capacity'" . . .. . . .. 17.1 17.3 18.3 18.3 18.3 18.3 
capacity Utilization Rate (percent)" .••.. . . . .. . . 91 .0 90.0 86.8 89.6 89.3 90.1 
Net Import Share of Product Supplied (percent) . . 60.4 60.0 54.2 52.8 51.6 51.6 
Net Expenditures for Imported Crude 011 and 

Petroleum Products (billion 2006 dollars) 251.73 264.86 254.07 203.53 207.19 228.18 

'Includes lease condensate. 
•strategic petroleum reserve stock additions plus unaccounted lor crude oil and crude stock withdrawals minus crude product suppOed. 
'Includes other hydrocarbons and alcohols. 

Annual 
Growth 
006-2030 

2030 (percent) 

18.4 0.3% 
92.0 0.1% 
54.3 -o.4% 

261.91 -0.0% 

"The volumetric amount by which total outpulls greater than Input due to the processing of crude oU Into products which, In total, have a lower specific gravity 
than the crude on processed. 

"Includes petroleum product stock withdrawals, domestic sources ol blending components, other hydrocarbons, and ethers. 
~otal crude supply plus natural ges plant liquids, other Inputs, refinery processing gain, and net product Imports. 
7EBS refers to a bland of 85 percent ethanol (renewable) and 15 percent motor gasoline (nonrenewable). To address cold starting Issues, the percentage of 

etllanoWarles seasooally. 'The-annual avereg&elhanol content o1"'14 parc8f1Hs-usad-ler-lhls foracasl 
11ncludes ethanol and ethers blendad Into gasoline. 
"Includes only kerosene type. 
10lncludes disUData fuel oR and kerosena from petroleum and biomass feedstocks. 
111ndudes aviation gasollne, petrochemical feedstocks, lubricants, waxu, asphalt, road on, sun gas, special naphlhas, petroleum coke, crude on product 

supplied, melhano~ liquid hydrogan,and mlscallaneous petroleum products. 
"Includes consumption for combined heat and power, which producas electricity and other useful thennal energy. 
"Includes consumption of energy by electricity-only and combined heat and power plants whose primary business Is to sell electricity, or elactrlclty and heat, to 

the pubDc. Includes small power producers and exempt wholesale generators. 
"Balancing Hem. InCludes unaccounted for supply, losses, and gains. 
11End-of-year operable capacity. 
11Rata Is calculated by dlvidlng the gross annual Input to atmospheric crude oil distillation units by their operable refining capacity In barrels par calendar day • 
• - = Not applicable. 
Nota: Totals may not equal sum of components due to Independent rounding. Data for 2005 and 2006 are modal results and may diHar slighUy from official EIA 

data reports. 
Sounces: 2005 and 20061mported crude oil price and petroleum product supplied basad on: Energy lnfonnation Administration (EIA), Annual Energy Review 

2006, DOEIEIA.0084(2006) (Washington, DC, June 2007). 2005 and 20061mported low sulfur light crude oD price: EIA, Form EIA-856, "Monthly Foreign Crude 
Oil AcqulsHion Report." Other 2005 data: EJA, Petroleum Supply Annual 2005, DOE/EIA-{)340(2005)11 (Washington, DC, October 2006). Other 2006 data: EIA, 
Petroleum Supply Annue/2006, DOEIEIMI340(2006)11 (Washington, DC, September 2007). Pro)ecUona: EIA, AE02008 NaUonal Energy ModaUng Systam run 
AE02008.0030208F. 
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Reference Case 

Table A12. Petroleum Product Prices 
2006 Cents er Gallon, Unless Otherwise Noted 

0 
Reference Case 

Sector and Fuel 

2005 

Crude 011 Prices (2006 dollars per barrel) 
Imported Low Sulfur Ugh! Crude Oil .•.•.... 58.28 66.02 74.03 59.85 59.70 64.49 70.45 0.3% 
Imported Crude 0111 

• ••••• •• • • •• •••• •••• • 50.40 59.05 65.18 52.03 51.55 55.68 58.66 -o.O% 

Delivered Sector Product Prices 

Residential 
Uquefied Petroleum Gases .. .. .... .... . 162.3 198.1 216.3 207.3 207.9 211.4 218.3 0.4% 
Distillate Fuel 011 • . • .. ..•••. • •• . •.. .. .. 235.6 248.8 238.6 197.9 198.0 209.9 225.7 -Q.4% 

Commercial 
Distillate Fuel 011 . .••.. • .. • . • •• .. . . .. .• 191.2 201 .8 210.2 177.5 182.5 191.3 206.7 0.1% 
Residual Fuel 011 .............. ....... 167.8 128.8 150.7 119.0 118.9 129.1 138.0 0.3% 
Residual Fuel 011 (2006 dollars per barrel) •• 70.46 54.09 63.27 49.97 49.95 54.21 57.97 0.3% 

Industrial" 
Uquefied Petroleum Gases ····· ·· ······ 151 .1 169.2 152.3 142.9 144.1 146.8 152.7 -Q.4% 
Distillate Fuel 011 • ..•..• •• •.•... • . • ...• 200.8 213.1 216.2 191.6 200.7 207.3 223.1 0.2% 
Residual Fuel 011 .... .. .......... .. .. . 156.2 135.6 162.6 123.4 124.0 134.7 144.0 02% 
Residual Fuel 011 (2006 dollars per barrel) . • 65.60 56.96 68.29 51.82 52.10 56.57 60.48 0.2% 

Transportation 
Uquefted Petroleum Gases ····· ·· ···· ·· 176.6 186.4 223.4 214.0 214.0 216.9 223.4 0.8% 
Ethanol (E85)0 

• ••••••• • •••••••••••••• 226.6 235.4 223.7 167.0 172.2 175.5 186.1 ·1.0% 
Ethanol Wholesale Price ······ ···· ····· 196.8 250.0 180.8 171.3 200.7 164.6 152.2 ·2.0% 
Motor Gasoline• •. . ••. • .. . . . • . . . .• .•. . 239.5 263.3 255.4 225.4 235.5 236.0 244.6 -Q.3% 

0 Jet Fuel" ••• • •.•••••.....•.• •..• •.• •. 179.6 200.2 212.8 177.6 179.2 191.0 207.5 0.1% 
Diesel Fuel (distillate fuel oll)1 

• ••••••••••• 249.1 271 .0 269.8 241.8 250.2 254.1 268.5 -Q.O% 
Residual Fuel 011 ·· ·· ···· ····· · ... .. .. 129.9 118.1 157.7 128.2 130.1 142.1 155.5 1.2% 
Residual Fuel Oil (2006 dollars per barrel) . . 54.56 49.62 66.22 53.84 54.64 59.70 65.32 1.2% 

Electric Power• 
Distillate Fuel 011 . ... . . .••• •.. • .•.. .•.. 175.1 185.1 189.0 148.0 148.3 160.8 176.2 -o.2% 
Residual Fuel 011 ······ ·· ···· ···· ····· 110.8 122.3 141 .5 110.9 112.3 123.4 135.3 0.4% 
Residual Fuel 011 (2006 dollars per barrel) .. 46.52 51 .37 59.43 46.56 47.18 51 .85 56.84 0.4% 

Renned Petroleum Product Prices• 
Uquefled Petroleum Gases ·· ·········· · 153.0 174.6 165.4 157.2 159.5 163.3 170.1 -Q.1% 
Motor Gasoline• • . .. . .. ... .• .•. • ..•.. . 238.4 261 .6 255.4 225.4 235.5 236.0 244.6 -Q.3% 
Jet Fuel" ••. . . . . . . . .. . .. . • . .. .... . •.. 179.6 200.2 212.8 177.6 179.2 191.0 207.5 0.1% 
Distillate Fuel 011 • ..... ..• ..... .. ..... . 236.3 255.9 253.9 227.4 236.1 241.9 257.1 0.0% 
Residual Fuel 011 .... .... ... ... .. .... . 126.4 122.9 154.3 122.6 124.1 135.6 147.7 0.8% 
Residual Fuel 011 (2006 dollars per barrel) . . 53.07 51.63 64.80 51 .50 52.12 56.94 62.04 0.8% 

Average ••••••••••••••••••••••••••• 213.0 234.5 233.1 206.6 214.1 218.0 229.6- ..0.1% 

'Weighted average price delivered to U.S. mnners. 
'Includes energy lor combined heat and power plants, except those whose primBIY business Is to sell electricity, or electricity and heat. to the publtc. 
'EBS refers to a blend ol85 percent ethanol (mnewable) and 15 percent motor gasoline (nonrenewable). To address cold starting Issues, tile percentage of 

elllanol verles seasonany. The annual average elhanol content ol74 percent Is used for this forecast 
'Sales weighted-average price lor all gradas. Includes Federal, State and local taxes. 
"'ncludes only kerosene type. 
'Diesel fuel lor on-road use. Includes Federal and State taxes while excluding county and loceltaxes. 
'Includes electrk:ity~nly and combined heel and power plants whose primary business Is to sen electricity, or electricity and heat, to tile public. Includes small 

power producers and exempt wholasala generators. 
'Weighted averages of end-use fuel prices are derived from the prices In each sector and the corresponding sectoral consumption. 
Note: Data lor 2005 and 2006 are model results and may differ sllghUy from official EIA data mports. 
Sources: 2005 and 2006 Imported low sulfur fight crude on price: Energy Information Administration (EIA), Form EIA-856, "Monthly Foreign Crude 011 

Acquisition Report." 2005 and 2006 Imported crude oi price: EIA, Annual Energy Review 2006, DOE/EIA-o384(2006) (Washington, DC, June 2007). 2005 and 
2006 prices lor motor gasoline, dlsUUate fuel oU, and Jet fuel are based on: EIA, Petroleum Mstlte/lng Annue/ 2006, DOEJEIA-o487(2006) (Washington, DC, August 
2007). 2005 and 2008 msldenllal, commercial, lnduslrlal, and transportallon sector petroleum product prices are derived from: EIA, Form EIA-782A, 
"Refiners'/Gas Plant Operators' Monthly Petroleum Product Sales Report. • 2005 and 2006 electric power prices based on: Federal Energy Regulatory 
Commission, FERC Form 423, "Monlllly Report of Cost and Quality of Fuels lor Bectrfc Plants.• 2005 and 2006 ethanol prices derived from weekly spot prices in 
lhe Oxy Fuel News. 2005 and 2006 wholesale ethanol prices derived from Bloomburg U.S. average rack price. Pra)ecdona: EIA, AE02008 National Energy 
Modeling System run AE02008.0030208F. 

0 
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Reference Case 

Table A13. Natural Gas Supply, Disposition, and Prices 
(Trillion Cubic Feet per Year, Unless Otherwise Noted) 

Reference Case Annual 
Growth 

Supply, DisposiUon, and Prices 

I I I I I I ~006-2030 
2005 2006 2010 2015 2020 2025 2030 (percent) 

Production 
Dry Gas Production' ······· ··· · ... .... .. 18.07 18.51 19.29 19.52 19.67 19.60 19.43 0.2% 
Supplemental Natural Gas' ..... . . . . . . . . . . 0.06 0.06 0.06 0.06 0.06 0.06 0.06 0.1% 

Net Imports • • •••••••••••••••••••••••••• 3.61 3.46 3.85 4.03 3.55 3.28 3.18 -o.4% 
Pipeline• .. •. • .. .•. .... . • •.... . . . •.• •.. 3.05 2.94 2.64 1.91 1.18 0.68 0.33 -8.7% 
Uquefied Natural Gas · ·· ·· ·· · ··· ·· · .. ... 0.57 0.52 1.20 2.12 2.37 2.60 2.84 7.3% 

Total Supply ·················· ········· 21.75 22.03 23.20 23.61 23.28 22.94 22.68 0.1% 

Consumption by Sector 
Residential ... . .••. . . .. . . . ... . .... . .. .. 4.83 4.37 4.81 5.01 5.15 5.19 5.17 0.7% 
Commercial • . . .... . . .... ...•. . . . ... ... 3.00 2.83 2.96 3.20 3.37 3.53 3.67 1.1% 
Industrial• •........ . •... • •... . • .. . • .... 6.60 6.49 6.95 7.00 6.93 6.96 6.87 0.2% 

0.00--0.00--0.00 ___ -------------
Naturai-Ga5-to-Uqu lds Heat and Powe,a .... 0.00 0.00 0.00 0.00 
Natural Gas to Uquids Production• . . . . . ... . 0.00 0.00 0.00 0.00 0.00 0.00 0.00 
Electric Power" · ··· ····· ···· · ·· · .... ... 5.87 6.24 6.70 6.56 5.92 5.30 4.99 
Transportation• ..... . .. ......... . ····· · 0.01 0.02 0.03 0.06 0.07 0.08 0.09 
Pipeline Fuel . ........ .. ...... . ... .. ... 0.58 0.58 0.62 0.64 0.67 0.70 0.70 
Lease and Plant Fuel' . . . ... . .•. .•. . . . . . . 1.11 1.14 1.18 1.19 1.22 1.24 1.23 

Total ••••••••••• • •• • ••••••• • •••••••• 22.01 21.66 23.25 23.66 23.33 22.99 22.72 

Discrepancy'" ········· ····· ·· ·········· -Q.26 0.37 -o.o5 -o.o5 -o.o5 -o.04 -o.o5 

Natural Gas Prices 
(2006 dollars per million Btu) 

Henry Hub Spot Price . . ..•.••. • .... . ... 8.93 6.73 6.90 5.87 5.95 6.39 7.22 
Average Lower 48 Wellhead Price" . . ..... 7.62 6.24 6.16 5.21 5.29 5.69 6.45 

(2006 dollars per thousand cubic feet) 
Average Lower 48 Wellhead Price" • . .. ... 7.85 6.42 6.33 5.36 5.44 5.86 6.63 

Delivered Prices 
Residential ··· ····· · · ·· · ···· ····· ·· ·· 13.23 13.80 12.52 11.54 11.74 12.29 13.30 
Commercial · · · ·· ·· ··· ·· ·· ·· · ·· ·· ·· ·· 11.86 11 .85 10.91 9.97 10.20 10.78 11 .78 
lndustrta(4 •. . . .. . . . .•.. .. .• . . ....•.. • 8.62 7.89 7.43 6.33 6.40 6.76 7.50 
Electric Power" ... . . . .. . . ...•. .. . . .•. . 8.67 7.07 7.16 6.10 6.11 6.44 7.13 
Transportation•• ... ··· ········ · ·· ···· · 14.97 14.71 14.01 12.71 12.52 12.65 13.22 

Average'" ................... ...... 10.22 9.49 8.97 8.00 8.22 8.73 9.63 

'Marketed production (wet) minus extraction losses. 
'Synthetic natural gas, propane air, coke oven gas. refinery gas, biomass gas, air Injected for Btu stabilization, and manufactured gas commingled and 

distributed with natural gas. 
'Includes any natural gas regaslfled In the Bahamas and transported via plpeUne to Florida, as weU as gas from Canada and Mexico. 
•rncludes energy for combined heat and power plants, except those whose primary business Is to sell electrtclty, or eleclrlclty and hea~ to the pubUc. 
'Includes any natural gas used In the process of converUng natural gas to liquid fuel !hells not actually converted. 
'Includes any natural gas !halls converted Into liquid fuel. 

-o.9% 
6.2% 
0.8% 
0.3% 
0.2% 

0.3% 
0.1% 

0.1% 

-o.2"1a 
-o.O% 
-0.2% 
0.0% 

-o.4"1a 
0.1% 

'Includes consumption of energy by electricity-only and combined heal and power plants whose primary business Is to sell electriclty, or electricity and heal, to 
the public. Includes small power producers and exempt wholesale generators. 

'Compressed natural gas used es vehicle fuel. 
'Represents natural gas used In weD, field, and lease operations, and In natural gas processing plant machinery. 
"'Balancing Hem. Natural gas lost es a resuH of converting flow data meesurud at varying temperatures and pressures to a slandanltemperature and pressure 

and the merger of different data reporting systems which vary In scope, lonna!, dermiUon, and respondent type. 2005 and 2006 values Include net storage 
Injections. 

"Represents lower 48 onshore end oHshore suppUes. 
''Compressed natural gas used as a vehicle fuel. Price Includes estimated motor vehicle fuel taxes and estimated dispensing costs or charges. 
"Weighted average prices. Weights used are the sectoral consumption values excluding lease, plan~ and pipeline fuel. 
- • = Not appDcable. 
Note: Totals may not equal sum of components due to Independent rounding. Data for 2005 and 2006 are model results and may diHer slightly from ofroclal EIA 

data reports. 
Sources: 2005 supply values; Ieese, plan~ and pipeline fuel consumption; and residential and commercial delivered prices: Energy Information Administration 

(EIA), Natural Gas Annua/2005, DOE/EIA-Q131 (2005) (Washington, DC, November 2006). 2006 supply values; lease, plan~ and plpeUne fuel consumption; 
wellhead price; and residential and commercial deUvered prices: EIA, Natural Gas Monthly, DOE/EIA-Q130(2007/04) (Washington, DC. April 2007). Other 2005 
and 2006 consumption basad on: EIA, Annual EnerrJY RBtl#ew 2006, DOEIEJA-Q384(2006) (Washington, DC, June 2007). 2005 wellhaad prlce: Minerals 
Managamenl Service and EtA, Natural Gas Annual 2005, DOE/EIA-Q131 (2005) (Washington, DC, November 2006). 2005 and 2006 electric power prices: EIA, 
Electric Power Monthly, DOE/EIA-Q226, May 2006through April2007, Table 4.11.A. 2005 and 2006 Industrial delivered prices are estimated based on: EIA, 
Manufacturing Energy Consumption Survey 1994 and Industrial and wellhead prices from the Natural Gas Annual 2005, DOEIEIA-Q131 (2005) (Washington. DC, 
November 2006) and the Natural Gas Monthly. DOE/EIA-Q130(2007/04) (Washington. DC, April 2007). 2005 transportation sector deUvered prices are based on: 
EIA, Natural Gas Annual 2005, DOE/EIA-o131(2005) (Washington, DC, November 2006) and estimated stale taxes, federal taxes, and dispensing costs or 
charges. 2006 transportation sector dellverud prices are modal results. ProJecUons: EIA, AE02008 National Energy Modeling System run AE0200B.D03020BF. 
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Reference Case 

140 

TableA14. Oil and Gas Supply 

Production and Supply 

Crude Oil 

Lower 48 Average Wellhead Price' 
(2006 dollars per barrel) ••••••••••••••••••• 

Production (million barrels per day)2 

United States Total . ...... . .• . . ..... ..•. . • 
Lower 48 Onshore •...•••••... .. .•.. .... 
Lower 48 Offshore .••. ••.•• .. ••.•. .••. •. 
Alaska .•...• . .•.. . . ...•. . ... .... .. . ... 

Lower 48 End of Year Reserves" 
(billion barrels) ••••••••••••••••••••••••••• 

Natural Gas 

Prices (2006 dollars per million Btu) 
Henry Hub Spot Price ... .•• .••. ....• •... .. 
Average Lower 48 Wellhead Price' .......... 

Prices (2006 dollars per thousand cubic feet) 
Average Lower 48 Wellhead Price' .......... 

Dry ProducUon (trillion cubic feet)" 
United States Total ...................... . 

Lower 48 Onshora •..•. • .........•..••.. 
Associated-Dissolved• ............•..•.. 
Non-Associated .................•....• 

Conventional .....• .. ..•... .. .•...... 
Unconventional .•.. ... .... • ....••.. .. 

Lower 48 Offshore .. . •.•.. .. .....• ... . . . 
Associated-Dissolved' ..••• •............ 
Non-Associated •... .. ....•.. . ...•... . . 

Alaska .•.•..•. . ...... . • ... .. ....... .. . 

Lower 48 End of Year Dry Reserves 
(trillion cubic feet) •••••••••••••••••••••••• 

Supplemental Gas Supplies (trillion cubic feet)' 

Total Lower 48 Wells Drilled (thousands) ...... 
'Represents lower 48 onshore and offshore suppRes. 
'Includes lease condensate. 
"Matketed production (wet) minus extraction losses. 

2005 1 

52.37 

5.19 
2.91 
1.41 
0.86 

18.85 

8.93 
7.62 

7.85 

18.07 
14.24 

1.35 
12.90 
5.00 
7.89 
3.37 
0.68 
2.69 
0.46 

196.22 

0.06 

41.54 

Reference case 

2006 1 2010 1 2015 I 2020 

60.18 78.45 57.71 52.54 

5.10 5.93 6.16 6.23 
2.93 3.10 3.20 3.28 
1.43 2.14 2.38 2.25 
0.74 0.69 0.57 0.70 

19.02 19.89 20.93 20.78 

6.73 6.90 5.87 5.95 
6.24 6.16 5.21 5.29 

6.42 6.33 5.36 5.44 

18.51 19.29 19.52 19.67 
15.04 15.26 14.81 14.16 

1.42 1.41 1.40 1.33 
13.62 13.85 13.41 12.83 
5.14 4.81 3.96 3.47 
8.48 9.04 9.45 9.36 
3.05 3.61 4.32 4.31 
0.62 0.73 0.95 0.97 
2.43 2.88 3.37 3.35 
0.42 0.42 0.38 1.19 

202.99 220.62 227.01 219.31 

0.06 0.06 0.06 0.06 

49.72 62.33 42.40 37.19 

'Gas which occurs In crude oR reservoirs either es free gas (essodated) or as gas In solution with crude oR (dissolved). 

Annual 
Growth 

I I ~006-2030 
2025 2030 (percent) 

55.77 60.59 0.0% 

6.04 5.59 0.4% 
3.43 3.38 0.6% 
2.08 1.92 1.2% 
0.53 0.30 ·3.7"/o 

20.72 19.89 0.2% 

6.39 7.22 0.3% 
5.69 6.45 0.1% 

5.86 6.63 0.1% 

19.60 19.44 0.2% 
13.74 13.95 -0.3% 

1.29 1.20 -D.7% 
12.45 12.76 -D.3% 
3.18 3.23 -1.9% 
9.28 9.53 0.5% 
3.86 3.47 0.5% 
0.87 0.77 0.9% 
2.99 2.69 0.4% 
2.00 2.01 6.7"/o 

207.16 200.42 -o.1% 

0.06 0.06 0.1% 

34.02 35.78 -1.4% 

'Synthetic natural gas, propane air, coke oven gas, refinery gas, biomass gas, air Injected for Btu slablllzeUon, and manufactured gas commingled and 
dlslributed with natural gas. 

Note: Totals may not equal sum of components clue to Independent rounding. Data lor 2005 and 2006 are model results and may differ sllghUy from official EIA 
data reports. 

Sources: 2005 and 2006 crude ofllower 48 average wellhead price: Energy Information Administration (EIA), PeiiDieum Marlcettng Annua/2006, DOE/EIA-
0487(2006) (Washington, DC, August20D7). 2005 and 20061ower 48 onshore, lower 48 offshore, and Alaska crude ofl production: EIA, Petroleum Supply Annual 
2006, OOEIEIA-D340(2006)/1 (Washington, DC, September 2007). 2005 U.S. crude oil and natural gas reserves: EIA, U.S. Crude Oil, Natural Gas, and Natural 
Gas Uqulds Reserves, DOEJEIA.Q216(2005) (Washington, DC, November 2006). 2005 Alaska and total natural gas production, and supplemental gas suppUes: 
EIA, Natura/ Gas Annual 2005, DOE/EIMI131(2005) (Washington, DC, November 2006). 2005 natural gas lower 48 average weDheed price: Minerals 
Management Service and EIA, Natural Gas Annual 2005, DOEIEIA·~I131 (2005) (Washington, DC, November 2006). 2008 natural gas lower 48 average wellhead 
price, Alaska and total natural gas production, and supplemental gas suppRes: EIA, Natural Gas Monthly, OOE/EIA-{)130(2007/04) (Washington, DC, April2007). 
Other 2005 and 2006 values: EIA, Olftce of Integrated Analysis and Forecasting. ProJections: EIA, AE02008 National Energy ModeRng System run 
AE0200B.D030208F. 
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Table A15. Coal Supply, Disposition, and Prices 
(Million Short Tons per Year, Unless Otherwise Noted) 

Reference Case Annual 

Supply, Disposition, and Prices 
Growth 

1 1 I 1 I I rzoo&-2030 
2005 2006 2010 2015 2020 2025 2030 (percent) 

Production' 
Appalachia . ... . . •. . .....•...... • ....•. 397 392 381 340 327 324 328 -0.7% 
Interior •.. • • • •• . . . . .....•.•.•.•••..... 149 151 166 193 199 219 241 2.0% 
West ............ ..... ...... ... ... ... 585 619 619 682 745 820 885 1.5% 

East of the Mississippi . . .. . .. . •..... .. ... 494 491 488 460 447 457 481 -0.1% 
West ollhe Mississippi • . . ..•• . . .• .•.. • .. 638 672 678 755 823 906 974 1.6% 

Total •••••••• • •••••••••••••••••••••• 1131 1163 1166 1215 1270 1363 1455 0.9% 

Waste Coal Supplied' •••••••••••••••••••• 13 14 13 14 11 11 12 ..(1.4% 

Net Imports 
Imports" . .. . .. •• .... . • . . . .• • .. . . .. .... 29 34 37 42 80 93 112 5.1% 
Exports ······ ··· ···· ···· ····· ····· ··· so so 71 45 34 35 35 ·1 .5% 

Total •••••• • ••••••••••••••••••••• --: •• ·21 - -15 -34 -3 46 --sr ---on- -

Total Supply" •• • ••••• • •••••••••••••••••• 1124 1161 1144 1225 1326 1431 1545 1.2% 

Consumption by Sector 
Residential and Commercial • • .... . .•.•... 4 4 4 4 4 4 4 -0.2% 
Coke Plants • . .. .. . . • ..•.••• •• . . .... . . • 23 23 23 21 20 20 18 -0.9% 
Other Industrial" . .. ........... •. • . . . .. .• 60 61 64 60 59 58 58 -0.2"/o 
Coal-to-Uqulds Heat and Power . .. • ..•.... 0 0 0 9 23 25 35 
Coal to Uquids Production .• •. • .• . •. ...•.. 0 0 0 7 19 21 29 
Electric Power' ... .... .......... ... .... 1037 1026 1054 1125 1202 1303 1401 1.3% 

Total •••••• • ••••• • •• • • • ••••••••••••• 1125 1114 1145 1225 1327 1431 1545 1.4% 

Discrepancy and Stock Change• ••••••••••• ·2 47 -o -o -o -0 -o 

Average Mlnemouth Prlce1 

(2006 dollars per short ton) . .. . • .. . • . • ...• 24.08 24.63 26.16 23.38 22.51 22.75 23.32 -0.2% 
(2006 dollars per million Btu) •• • ... . . .• . . .• 1.18 1.21 1.28 1.17 1.14 1.16 1.19 -0.1% 

Delivered Prices (2006 dollars per short ton)" 
Coke Plants .... . •. . . . . . . • •. . ..... . ... . 86.43 92.87 107.02 92.85 89.86 92.16 94.68 0.1% 
Other Industrial" .. • •.• . •. . .. . . •. . .• . •. .. 49.13 51.67 51 .64 49.16 48.82 49.21 49.91 -0.1% 
Coal to Uqulds . . ... . . . . .. .. ... 00 • 00 00 00 14.44 16.54 18.07 20.60 
Electric Power 

(2006 dollars per short ton) ... .... ..... . 32.01 33.85 36.62 34.24 33.84 34.03 35.03 0.1% 
(2006 dollars per million Btu) •.... .• .. • . • 1.59 1.69 1.84 1.74 1.72 1.74 1.78 0.2% 

Average •• • • ••••••• •• •••••• ••• ••• • 34.08 36.03 38.87 35.71 34.83 34.94 35.70 -0.0% 
Exports'" .... • . . . ..••• . . •.... • . ..•. .. . 69.22 70.93 80.99 71 .83 74.00 76.33 79.44 0.5% 

' Includes anthracite. bituminous coal, subbllumlnous coal, and ngnHe. 
•tncludes waste coal consumed by the electric power and Industrial sectors. Waste coal supplied Is counted as a supply-side Item to balance the same amount 

of waste coal Included In the consumption data. 
2Exdudes Imports to Puerto Rico and the U.S. Virgin Islands. 
'Production plus wasta coal supplied plus net Imports. 
'Includes consumption for combined heat and power plants, except thosa plants whose primary business Is to sell electrlclty, or electrfdty and heat, to the 

public. Excludes aB coal use In the coal-b-llqulds process. 
'Includes all electrfdty-only and combined heat and power plants whose primary business Is to sell electrfdty, or electrfcHy and heat, to the pubnc. 
7Balandng Hem: the sum of production, net Imports, and waste coal suppned minus total consumption. 
'Includes reported prices for both open matkat and captive mines. 
'Prices weighted by consumption; weighted average excludes resldenUal and commercial prices, and export free-alongside-ship (f.a.s.) prices. 
"F .a.s. price at U.S. port of axil 
- - = Not appDcable. 
Btu z British thermal unll 
Note: Totals may not equal sum of components dua to Independent rounding. Oats for 2005 and 2006 are model results and may cflffer snghUy from official EIA 

data reports. 
Sources: 2005 and 2006 data based on: Energy lnfonnaUon Admlnlstrstion (EIA), Annual Coal Report 2006, DOEIEIA.05B4(2006) (Washington, DC, 

November 2007); EtA. Quarterly Coal Report. October-December 2006, DOE/EfA.0121 (2006140) (Washington, DC, March 2007); and EIA, AE02008 National 
Energy Modeling System run AE02008.003020BF. ProJections: EIA, AE02008 National Energy Modeling System run AE0200B.D03020BF. 
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Table A16. Renewable Energy Generating Capacity and Generation 
(Gigawatts, Unless Otherwise Noted) 

Capacity and Generation 

Annual 
Growth 

r-----r-,----r-,----~,----~,----~,----~,------L~o·~2o3o 
2005 2006 2010 2015 2020 2025 2030 (percent) 

Reference Case 

Electric Power Sector' 
Net Summer Capacity 

ConventlonaiHydnJPower •...• • ..•.••• . 
Geothermal" • . • .•.•.. • .•.... . . •• .••. . 
Municipal Waste' • .. . ... ... . . . • . •... . . 
Wood and Other Biomass.,. ...... .. •.... 
Solar Thermal . . .•.... .• ..... ... ....•. 
Solar Photovoltalc' ..•...•..••. .. .. ••.. 
Wind •.• . ..•.. .• . •.. . .• .•... .. •..... 

Total ••••••••••••••••••••• • •••••• • 

Generation (billion kllowatthours) 
Conventional Hydropower ....•.•.....•. 
Geothermal" . . ....... . . .. ........... . 
Biogenic Municipal Waste7 ••• •• • •• •• •• • • 

Wood and Other Biomass• .• . ••. .. ....•. 
Dedicated Plants ...• . .••• . .•.•.•... • 
Coflr1ng .......•..•.•...•. . • . .••• •. 

Solar Thermal ..•... . . .• .. ... . . •.. . ... 
Solar Photovoltalc' ... .. . • .... ••. .. . . •. 
Wind . ..... •.. .•... . . . ....•....•.. .. 

Total ••••••••••••••••••••••••••••• 

End-Use Generators• 
Net Summer Capacity 

Conventional Hydropower" ..... .. ••. .. 
Geothermal •. . • ...•..•.•...••.•... . 
Municipal Waste•• •... . •... • . •. ••..• . 
Biomass • .•• • •••.•. •. . • . . .• . . •.• . .. 
Solar Photovoltalc1 

•• •• • • •• . • •••••• •• 

Wind .... ... .... .. . . ...... .. ..... . 
Total •••••••••••••••••••••••••••• 

Generation (billion kllowatthours) 
Conventional Hydropower" •••...••••.. 
Geothermal • • ••• . .• . . • •• . •• . .•• . . . . 
Municipal Waste•• . ... .• .. ••. . .. . • • .. 
Biomass •. . . • •..•... . •..• . . ..•.•.. . 
Solar Photovoltaic1 

•• . • • •••• • .• • •••. • 

Wind . .... ... ...... . . . . . ... . . ... . . 
Total •••••••••••••••••••• • ••••••• 

76.72 
2.23 
3.21 
1.96 
0.40 
0.03 
8.92 

93.46 

266.91 
14.69 
12.70 
10.57 
8.60 
1.97 
0.54 
0.02 

17.81 
323.23 

0.71 
0.00 
0.34 
4.72 
0.18 
0.01 
5.96 

3.46 
0.00 
1.95 

28.33 
0.28 
0.02 

34.03 

76.72 
2.29 
3.39 
2.01 
0.40 
0.03 

11.50 
96.34 

285.07 
14.84 
13.46 
10.97 

9.06 
1.91 
0.49 
0.01 

25.78 
350.62 

0.70 
0.00 
0.35 
4.64 
0.27 
0.04 
8.00 

3.24 
0.00 
2.06 

28.44 
0.43 
0.06 

34.22 

76.73 
2.50 
3.99 
2.20 
0.54 
0.07 

25.61 
111 .63 

289.47 
17.52 
18.85 
22.98 
11.06 
11 .92 

1.15 
0.16 

74.13 
424.27 

0.70 
0.00 
0.35 
4.89 
0.67 
0.04 
8.65 

3.24 
0.00 
2.82 

29.98 
1.07 
0.06 

37.17 

n.15 
2.88 
3.99 
2.74 
0.80 
0.14 

29.63 
117.32 

297.22 
20.79 
18.85 
42.96 
15.46 
27.51 

1.97 
0.32 

87.19 
469.30 

0.70 
0.00 
0.35 
6.37 
o.n 
0.05 
8.24 

3.24 
0.00 
2.82 

40.50 
1.25 
0.06 

47.88 

n.26 
3.28 
4.02 
4.39 
0.82 
0.22 

33.64 
123.62 

298.00 
23.96 
19.08 
n.53 
27.74 
49.79 
2.04 
0.52 

101.23 
522.35 

0.70 
0.00 
0.35 
8.57 
1.13 
0.09 

10.85 

3.24 
0.00 
2.82 

57.00 
1.85 
0.13 

65.05 

n.26 
3.n 
4.06 
4.84 
0.84 
0.30 

37.18 
128.26 

298.09 
27.84 
19.46 
83.30 
30.98 
52.32 

2.11 
0.74 

113.14 
544.68 

0.70 
0.00 
0.35 

12.21 
1.n 
0.17 

15.20 

3.24 
0.00 
2.82 

84.74 
2.97 
0.24 

94.02 

77.32 
4.18 
4.06 
5.58 
0.86 
0.39 

40.15 
132.54 

298.53 
31.05 
19.47 
82.55 
36.64 
45.91 

2.18 
0.96 

123.18 
557.91 

0.70 
0.00 
0.35 

12.60 
2.80 
0.26 

16.72 

3.24 
0.00 
2.82 

86.99 
4.76 
0.38 

98.19 

'Includes alectrfdty-ooly and combined heal and power plants whose primary business Is to seU electrldty, or electricity and heat, to the pubUc. 
'Includes hydrothermal resources only (hot water and steam). 

0.0% 
2.5% 
0.8% 
4.3% 
3.2% 

11.2% 
5.3% 
1.3% 

0.2% 
3.1% 
1.6% 
8.8% 
6.0% 

14.2% 
6.4% 

19.6% 
6.7"/o 
2.0% 

0.0% 

0.0% 
4.3% 

10.2% 
8.0% 
4.4% 

-0.0"/o 

1.3% 
4.8% 

10.6% 
8.3% 
4.5% 

'Includes an munlcfpal wasta, landHU gas, and municipal sewage sludge. Incremental growth Is assumed to be for fandml gas facilities. All municipal wasta Is 
Included, although a portion of the municipal wasta stream contains paltclaum-darlved plasUcs and other non-renewable sources. 

'Fac!Utias co-Hrlng biomass and coal are classiHed as coal. 
'lncfudas profacllons for anergy crops altar 2012. 
'Does no! Include off"flrid PV. Based on annual PV shipments from 1989 through 2005, EIA estimates that as much as 192 megawans ot remota elaclrlclly 

generation PV appfications (I.e., off"flrid power systems) ware In servfcaln 20115, plus an additional 481 megawatts In communications, transportation, and assorted 
other nDn"flrllk:onnected, spaclafized applications. Sea Energy Information Admlnlslnltion, Annual Energy Review 2006, DOEJEIA.OOB4(2006) (Washington, DC, 
June 20117), Tabla 10.8 (annual PV shipments, 1989-2005). The approach used to develop the asUmala, based on shipment data, provides an upper estimate of 
the size ot the PV stock, Including both grid-based and oll"flrld PV. It wUI overestimate the size of the stock, because shipments Include a substanUal number of 
units !hal are exported, and each year soma of the PV units lnstanad earlier wm be retired from service or abandoned. 

'Includes biogenic municipal wasta, landflD gas, and municipal sewage sludge. Incremental growth Is assumed to be lor landffll gas facffities. Only biogenic 
municipal wasta Is Included. lha Energy Information Admfnlslnltion asUmatas approximately 7 biiUon kDowallhours of elactridly was generated from a municipal 
waste slnlam containing petroleunH!arfved plastics and other non-renewable sources. See Energy Information Admlnlslrallon, Methodology for A/localing 
Municipal Solid Wasle to Biogenic and Non-Biogenic Energy, (Washington, DC, May 2007). 

'Includes combined heat and power plants and electricity-only plants In the commercial and Industrial sectors; and sman on-sHe generating systems In the 
residential, commercial, and Industrial sectors used primarily for own-use generation, but which may also sell some power to the grid. 

'Represents own-usa Industrial hydroelecttlc power. 
''Includes municipal waste, landffll gas, and municipal sewage sludge. AI muniCipal waste Is Included, although a portion ot the munldpal waste stream 

contains petrolaOOHlarfved plastics and other non-renewable sources. 
- - = Not appficabla. 
Note: Totals may not equal sum of components due to Independent rounding. Data for 2005 and 2006 are model results and may differ sfighUy from oflk:lal EIA 

data reports. 
Sources: 2005 and 2006 capacity: Energy Information AdmlnlslnlHon (EIA), Form EIA-860, "Annual 8ectric Generator Report" (preHmlnary). 2005 and 2006 

generation: EIA, Annual Energy Review 2006, DOE/EIA-<1384(20116) (Washington, DC, June 2007). ProfecUons: EIA, AE02008 National Energy Modefing 
System run AE02008.003020BF. 
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Table A17. Renewable Energy, Consumption by Sector and Source1 

(Quadrillion Btu per Year}_ 

Reference Case Annual 

Sector and Source 
Growth 

I J l I 1 I ~006-2030 
2005 2006 2010 2015 2020 2025 2030 (percent) 

Marketed Renewable Energy" 

Residential (wood) ••••• • ••••••••••••••••• 0.45 0.41 0.44 0.42 0.40 0.39 0.38 -o.3% 

Commercial (biomass) ............... .... 0.13 0.13 0.13 0.13 0.13 0.13 0.13 0.0% 

Industrial• • • •••••••••••••••••••• •• •••••• 1.88 1.99 2.34 2.75 3.32 4.21 4.33 3.3% 
Conventional Hydroelectric . .. . .. . . .. ... . .. 0.03 0.03 0.03 0.03 0.03 0.03 0.03 0.0% 
Municipal Waste• ···· ·········· ···· ··· ·· 0.16 0.15 0.15 0.15 0.15 0.15 0.15 0.0% 
Biomass . . . . . ...... •. ........ .. . . . ..•. 1.45 1.51 1.48 1.57 1.65 1.75 1.83 0.8"/o 
Bioluels Heat and Coproducts ······ · . . . . . . 0.24 0.30 0.67 1.00 1.49 2.28 2.31 8.9"/o 

Transportation •• • ••••• • •••••••••• • •••••• 0.35 0.50 1.13 1.66 2.24 2.77 2.77 7.4% 
Ethanol used In E855 

•• • •••••••••••• • ••• • 0.00 0.00 0.00 0.12 0.64 0.93 0.88 33.5% 
Ethanol used in Gasoline Blending . .. ... . ~ .. 0.~ 0.47 1.05 1.22---1.18- ""1.13 1.13 -----a:7"1o 
Blodiesel used in Distillate Blending ... . . . . . . 0.01 0.03 0.08 0.17 0.13 0.14 0.16 6.9% 
Uquids from Biomass .... .•....... . .• . . .. 0.00 0.00 0.00 0.15 0.29 0.56 0.60 

Electric Power' •••••••• • ••••••••••••••••• 3.49 3.74 4.53 5.05 5.64 5.94 6.13 2.1% 
Conventional Hydroelectric . .... . . .... . . .. . 2.67 2.86 2.89 2.96 2.97 2.97 2.97 0.2% 
Geothermal . . . . . .. . . .... ... .. . . . . . ... . . 0 .31 0.31 0.37 0.48 0.58 0.70 0.80 4.0% 
Biogenic Municipal Waste• . ..... .. .. . .... . 0.20 0.15 0.23 0.23 0.23 0.23 0.23 1.8% 
Biomass . . . . ..•.... . . . . ....... . . ..• . . . 0.18 0.16 0.28 0.48 0.82 0.87 0.86 7.4% 

Dedicated Plants ... . . . ....... .... ..... 0.14 0.12 0.12 0.16 0.27 0.30 0.36 4.6% 
Collrlng ······ ······ ···· ·········· ... 0.04 0.03 0.16 0.33 0.55 0.57 0.49 11.9% 

0 • Solar lhemnal ... ... .. .. . . . ... . .. .. ..... 0.01 0.00 0.01 0.02 0.02 0.02 0.02 6.4% 
Solar Photovoltaic ... . . . . ........ ... . .•.. 0.00 0.00 0.00 0.00 0.01 0.01 0.01 19.6% 
Wind ... .. . ......... .. ........ . . . ... . . 0.12 0.26 0.74 0.87 1.02 1.13 1.24 6.7% 

Total Marketed Renewable Energy ••••• • ••• • • 6.30 6.77 8.56 10.00 11.74 13.44 13.73 3.0% 

Sources of Ethanol 
From Com .. . . ......• . . . ....... . . . . ... .. 0.33 0.41 0.95 1.18 1.26 1.26 1.26 4.8% 
From Cellulose ······ ··· ······· ······· ... 0.00 0.00 0.01 0.03 0.23 0.58 0.58 
From Other Feedstocks • . .... . . .. .. . . ..... • 0.00 0.00 0.00 0.00 0.01 0.02 0.01 
Net Imports ......... .. ... ..... .... ..... . 0.01 0.06 0.09 0.14 0.31 0.19 0.15 4.0% 

Total • • ••••••••••••• • ••••.• • ••••••• • • • 0.34 0.47 1.05 1.34 1.82 2.06 2.01 6.2% 

0 
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Table A17. Renewable Energy, Consumption by Sector and Source1 (Continued) 
Quadrillion Btu er Year 

Sector and Source 

Reference Case Annual 
Growth 

~----~----~----~-----T----~~----r-----~0~2030 

2005 (percent) 

Nonmarketed Renewable Energy" 
Selected Consumption 

Residential .................. . .......... 0.01 0.02 0.02 0.03 0.04 0.05 0.07 5.9% 
Solar Hot Water Heating . . . . . .... .. . •..... 0.01 0.01 0.02 0.02 0.03 0.04 0.05 5.3% 
Geothermal Heat Pumps ·· ····· ····· ··· ·· 0.00 0.00 0.00 0.01 0.01 0.01 0.01 6.1% 
Solar Photovoltalc . .... . . •. •... .. . ...••.. 0.00 0.00 0.00 0.00 0.00 0.00 0.01 16.9% 
Wind . .. ........... . .... .... .... . .. ... 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.0% 

Commercial ................... .......... 0.03 0.03 0.03 0.03 0.03 0.04 0.04 1.7% 
Solar Thermal ..... •. • . .. •.... . . • •..•.•• 0.02 0.02 0.03 0.03 0.03 0.03 0.03 0.5% 
Solar Photovoltalc .• . ••. . . ..... . . . . • .. . .. 0.00 0.00 0.00 0.00 0.00 0.01 0.01 8.7% 
Wind •......•...•.•• • .•..•.••. • . •..••. 0.00 0.00 0.00 0.00 0.00 0.00 0.00 11.9% 

'Actual heat rates used to determine fuel consumption lor all renewable fuels except hydropower, solar, and wind. Consumption at hydroelectric. solar, and wind 
facilities determined by ustng the lassO fuel equivalent ol1 0,022 Btu per ldlowatthour. 

'Includes nonelectric renewable energy groups lor which the energy source Is bought and sold In the mametplace, although an transacUons may not necessarily 
be marketed, and marketed renewable energy Inputs lor electricity entering the marketplace on the electric power grid. Excludes electricity Imports; see Table A2. 

'Includes an electricity producUon by Industrial end other combined heat and power lor the grid and lor own use. 
'Includes municipal waste, landtm gas, and municipal sewage sludge. All municipal waste Is Included, although a portion of the municipal waste stream contains 

petroleum-deriwd plastics and other non-nmewable sources. 
'Excludes motor gasoline component of EB5. 
'Includes consumption of energy by eledrlcfty·<mly and combined heat and power plants whose primary business Is to sell electricity, or electricity and heat, to 

the public. Includes smal power producers end exempt wholesale generators. 
' Includes biogenic municipal waste, landffll gas, and municipal sewage sludge. Incremental growth Is assumed to be lor landml gas lacnitles. Only biogenic 

municipal waste Is Included. The Energy Information Administration estimates approximately .38 quadrillion Btus were consumed from a municipal waste stream 
containing petroleurTHierived plastics and other non-renewable sources. See Energy Information Administration, Methodology for Allocating Municipal Solid Waste 
to Biogenic IUid Non-Biogenic Energy, (Washington. DC, May 2007). 

'Includes selected renewable energy consumption data lor which the energy Is not bought or sold, either directly or lndlrecUy as an Input to marketed energy. 
The Energy Information Administration does not estimate or project total consumption of nonmarketed renewable energy. 

• • = Not applicable. 
Btu = British thermal unll 
Note: Totals may not equal sum of components due to Independent rounding. Date lor 2005 and 2006 are model results and may cfoller sllghUy from olfidal EIA 

data reports. 
Sources: 2005 and 2008 ethanol: Energy Information Administration (EIA), Annual Energy Review 2006, DOEIEIA-ooe4(2006) (Washington, DC, June 2007). 

2005 and 2008 electric power sector: EIA, Form EIA-860, 'Annual 8ectric Generator Report" (preUmlnary). Other 2005 and 2008 values: EIA, Office of integrated 
Analysis and Forecasllng. Projections: EIA, AE0200B National Energy Modeling System run AE0200B.D03020BF. 
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TableA18. Carbon Dioxide Emissions by Sector and Source 
_(Million Metric Tons, Unless Otherwise Noted) 

Reference Case Annual 

Sector and Source 
Growth 

I I I I I I 2006-2030 
2005 2006 2010 2015 2020 2025 2030 (percent) 

Residential 
Petroleum ····· ·· ····· ··· ·············· 101 100 91 92 92 90 88 .0.5% 
Natural Gas . . .... . ........ . ..... .. . .... 262 237 263 274 281 284 282 0.7% 
Coal ... ... . .. .. .... .. ..... . ... .. . . .. .. 1 1 1 1 1 1 1 0.9% 
Electricity' ··· ··· ······ ·· ··· ········ ···· 890 866 904 913 949 1004 1079 0.9% 

Total ••••••••••••••• • •••••••••••••••• 1253 1204 1259 1280 1324 1379 1451 0.8% 

Commercial 
Petroleum ...... .... ... ..... .... ... .... 52 53 46 48 49 49 49 .0.3% 
Natural Gas ...... . . . .. . ..... . .. . ....... 169 155 162 175 184 193 201 1.1% 
Coal . . . . . ... .. .. . . •. . . .. . . . . ... .. .. . . . 9 6 8 8 8 8 8 1.0% 
Electricity' ....... .... ... . ··· ·· ···· ····· 835 832 864 945 1024 1117 1216 1.6% 

Total •••••••••••••••••••••••••••••••• 1066 1046 1079 1176 1265 1367 1474 1.4% 

Industrial' 
-------

Petroleum ····· ········· ········· ······ 412 421 435 442 432 428 436 0.1% 
Natural Gas• .... .. ..... ..... .... ....... 409 399 430 435 434 437 433 0.3% 
Coal . ... .. ... . . . . .. .. . . . .. . . .. ... .. . . . 189 189 186 185 204 206 217 0.6% 
Electricity' ········ ······ ··· ····· ······· 668 642 640 656 649 645 647 0.0% 

Total ••••••••••••• . ••••••• . •••• • ••••• 1677 1652 1693 1718 1718 1716 1733 0.2% 

Transportation 
•. Petroleum• ............... . ...... . ...... 1948 1952 1940 2010 2032 2062 2145 0.4% 

Natural Gas1 ..... .. .... ··· ·· ··· ·· ······ 33 33 36 38 40 43 43 1.2% 
-· Electricity' . .... .. ....... ... .. ..... ... .. 4 4 4 5 5 5 5 1.2% 

Total •••••••••••••••••• • ••••••• • ••••• 1985 1989 1980 2052 2077 2110 2193 0.4% 

Electric Power" 
Petroleum · ········ ·· ········ ·· ······ ·· 101 55 43 44 45 47 48 .0.5% 
Natural Gas . ..... .. ..... . .. . ..... .. .... 321 340 365 358 323 289 272 .0.9% 

- Coal . ... ... .... . .. . . ... ..... ... . . . .... 1964 1938 1993 2105 2247 2423 2615 1.3% 
Other' ... ·· ······ ···· ·· ·· ···· ········· 12 12 12 12 12 12 12 0.1% 

Total •••••••••••••••••••.•••••••••••• 2397 2344 2413 2519 2627 2771 2948 1.0% 

Total by Fuel 
Petroleum' . ... . . ... . .. . . . . . .. . . . . ... . .. 2615 2581 2555 2636 2650 2676 2767 0.3% 
Natural Gas . ..... .. ....... . . ..... . ..... 1193 1163 1256 1279 1262 1245 1231 0.2% 
Coal .... . . . .... . . .. ..... . ....... . . .... 2162 2134 2188 2299 2459 2638 2841 1.2% 
Other' ···· ·········· ··· ········ ·· ·· ··· 12 12 12 12 12 12 12 0.1% 

Total .••.•••••••• . •••••• . •••••••••••• 5982 5890 6011 6226 6384 6571 6851 0.6% 

Carbon Dioxide Emissions 
(tons per person) ........................ 20.1 19.6 19.3 19.2 18.9 18.7 18.7 .0.2% 

'Emissions from the electric power sector are dlslrfbuted to the end-use sedors. 
1Fuel consumption Includes energy for combined heat and power plants (CHP), eiCC8pl those plants whose prlmBI'f business Is lo sell electricity, or electricity 

and heat, to !he public. 
'Includes lease and plant fuel. 
'This Includes carbon dioxide from lntemational bunker fuels, both civilian and military, which are excluded from the accounting of carbon dioxide emissions 

under the UnHed Nallons convention. From 1990 through 2006, lntemallonal bunker fuels accounted for 84 1o 126 million melric tons amually. 
'Includes plpeUne fuel natural gas and compressed natural gas used as vehicle fuel. 
'Includes eledrfclty-only and combined heat and power plants whose primary business Is to sen electricity, or electricity and hea~ to the public. 
'Includes emissions from geothennal power and nonblogenlc emissions from municipal waste. 
Note: Totals may not equal sum of components due to Independent rounding. Data for 2005 and 2006 are model results and may dJHer slightly from official EIA 

data reports. 
Sources: 2005 and 2006 emissions and emission factors: Energy Information Administration (EIA), Emissions of GnHJnhouse G8SBS In the United Stales 

2006, DOEIEIA-o573(2006) (Washington, DC, November 2007). ProjecUons: EIA. AE02008 NaUonal Energy Modeling System run AE02008.0030208F. 
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Table A 19. Macroeconomic Indicators 
(Billion 2000 Chain-Weighted Dollars, Unless Otherwise Noted) 

Reference Case Annual 

Indicators ~----,-----~----~------------------~----~_Gro~ 
2005 1 2006 1 2010 1 2015 1 2020 1 2025 1 2030 ~=:!~~~ 

Real Gross Domestic Product •• . •••••• •• •• 
Components of Real Gross Domestic Product 

Real Consumption .•...• •. ...•.•.. •• •..• 
Real investment . • •.......•.. . . .. . .•.• . . 
Real Government Spending . ... • . .• • .. . •• 
Reel Exports ••..•••.•. . ....... . .... • . • 
Real imports •. •• ••••• ... .... . .. • •• . . . . 

Energy Intensity 
(thousand Btu per 2000 dollar of GDP) 

Delivered Energy • ..•• • ... • .••..• • ..• • .. 
Total Energy • • . . •. .... .. .. ... .. .•. .. . . 

Price Indices 
GDP Chain-type Price Index (2000=1.000) . . . 
Consumer Price Index (1982-4=1.00) 

All-urban .•.•...•.•.. • •.•.... . ••. . •.. 
Energy Commodities and Services . • •... .• 

Wholesale Price Index (1982=1.00) 
All Commodities . • ••• .... •.•. .• . • •.•.. 
Fuel and Power ....... . .... •... .... •. 

Interest Rates (percent, nominal) 
Federal Funds Rate •..••.• • .••.•. •• ..... 
10-YearTreasury Note . ... ..• . •.... . .•.. 
AA Utility Bond Rate ... .• ... ..•.. . .•. . .. 

Value of Shipments (billion 2000 dollars) 
Total Industrial .. •.....• . . . .. . .. . .•.•.• . 

Nonmanufacturing •.... . .... . . •. ..... . 
Manufacturing • ....... ..• ....•.......• 

Energy-Intensive •. • .... . •. . .. • •..•. . 
Non-energy Intensive •... . . . .• .•.• •.. 

Population and Employment (millions) 
Population, with Armed Forces Overseas • . .• 
Population, aged 16 and over • •.. .. ... ... . 
Population, over age 65 • .. . .... .. ...•.• • . 
Employment, Nonfann .• • • ..... .•• .. ... .. 
Employment, Manufacturing • ....• . .• . . . .• 

Key Labor Indicators 
Labor Force (millions) •..•..•. . . . . . • . • . .. 
Nonfann Labor Productivity (1992=1.00) .•• • • 
Unemployment Rate (percent) •..• .• ..... • 

Key Indicators for Energy Demand 
Real Disposable Personal Income . . • •... •. 
Housing Starts (millions) ...• .•.. . . • .•.•. . 
Commercial Roorspace (billion square feet) .• 
Unit Sales of Ught-Duty Vehicles (millions) •. . 

GOP = Gross domestic product 
Btu = BriUsh lhermal unll 
- - = Not appUcable. 
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Sources: 2005 and 2006: Global Insight, Globallnslghtlndustry and Employment models, July 2007. ProJections: Energy Information Administration, 
AE02008 National Energy Modeling System run AE0200B.003020BF. 
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Reference Case 

0 Table A20. International Liquids Supply and Disposition Summary 
(Million Barrels per Day, Unless Otherwise Noted) 

Reference Case Annual 

Supply and Disposition Growth 

I I I I I I 006-2030 
2005 2006 2010 2015 2020 2025 2030 (percant) 

Crude Oil Prices (2006 dollars per barrel) 
Imported Low Sulfur Ugh! Crude Oil • . .... .. •. 58.28 66.02 74.03 59.85 59.70 64.49 70.45 0.3% 
Imported Crude Oil' . . ...... .. ... . .. ... . .. • 50.40 59.05 65.18 52.03 51 .55 55.68 58.66 -o.O"'o 

Conventional Production (Conventional)" 
OPEC" 

Asia .... .. .. .... .. .. .. . .. .. .. .. .... . 1.15 1.11 1.03 0.99 0.98 0.99 0.94 -o.7"1o 
Middle East .. .... . .. . .. ............ .. 22.50 23.21 22.41 23.40 24.09 25.24 27.35 0.7% 
North Africa .. .. ... .. ..... .. ... . ...... 3.81 3.90 4.28 4.63 4.78 4.84 4.82 0.9% 
West Africa ·· ···· ··········· ······ ··· 4.03 4.02 5.n 6.88 7.41 7.80 8.23 3.0% 
South America . ....... . ........ ... .... 2.21 2.06 1.99 2.20 2.18 2.17 2.16 0.2% 

Total OPEC ... ....... .... ... .... .. .. 33.71 34.30 35.48 38.09 39.45 41.04 43.50 1.0% 
Non-OPEC 

OECD 
United States(50 states) . . •• . • •. ..... • . . - 8.04 7.91 8.B'l - 9.12 - 9.1o 8.84- 8.39-- 0 .2% 
Canada · ·· ····· ·· ······· ······ ·· ··· . 1.99 2.00 1.85 1.56 1.32 1.16 1.05 -2.7% 
Mexico • . .•• . . . .. .. .. . .. • . .. . .•. . ... . 3.79 3.74 3.37 3.29 3.25 3.24 3.35 -o.5% 
OECD Europe4 ····· ·· ········· ··· ···· 5.94 5.52 4.89 4.05 3.59 3.43 3.39 -2.0% 
Japan ·· ······· ···· ······· ··· ······· 0.13 0.13 0.12 0.13 0.14 0.15 0.15 0.8% 
Australia and New Zealand .• . •. ..• ...... 0.59 0.57 0.62 0.64 0.65 0.66 0.66 0.6% 

Totai OECD ••••••••••••••••• • •••••• 2D.48 19.85 19.69 18.78 18.10 17.48 16.99 -o.6% 
Non-QECD 

Russia .. .. ........ . .. ............. .. 9.58 9.82 10.34 10.60 10.90 11.37 11.69 0.7% 
Other Eurasia" . ..... .. .•••.. •. . . .. . • .• 2.65 2.85 3.n 4.83 5.46 5.88 6.36 3.4% 
China .. . . .. • • ... ..••• . ..... . .. . .... . 3.74 3.80 3.83 3.87 3.87 3.70 3.53 -o.3% 

0 Other Asla1 

· ··· ·· ········ ········ ·· · · 2.n 2.89 2.92 3.22 3.40 3.43 3.17 0.4% 
Middle East' . .• • . . . . .•....... .. .... • . . 1.67 1.69 2.00 2.20 2.40 2.70 2.90 2.3% 
Africa • . .. • .. . ... ... . . ..... ... . . . .. • . 2.47 2.49 2.92 3.35 3.83 4.04 3.99 2.0% 
Brazil ... .. .. .. .... ... .... ..... .... .. 1.75 1.84 2.40 2.94 3.39 3.65 3.66 2.9% 
Other Central and South America . . . . .. .. . 2.36 2.36 2.32 2.49 2.67 3.03 3.51 1.7% 

Total Non-QECD •••••••••••• ••• ••••• 26.98 27.73 30.51 33.49 35.94 37.80 38.81 1.4% 

Total Conventional Production •••••••••••••• 81.17 81.88 85.67 90.37 93.48 96.31 99.30 0.8% 

Unconventional Production• 
United States (50 states) ....•....• .. .• . .... 0.26 0.34 0.78 1.15 1.53 1.97 2.06 7.9% 
Other North America .... . ....•.. . . . ..... • . 1.09 1.23 1.91 2.34 2.85 3.41 3.96 5.0% 
OECD Europe• ...... .. ......... ... ...... 0.03 0.04 0.07 0.10 0.15 0.19 0.26 8.4% 
Middle East7 

• •• •• •• • • ••.•• • • • • • • • • • • ••• • • 0.00 0.00 0.03 0.18 0.31 0.62 1.24 25.8% 
Africa. .. .......... ......... ..... ....... 0.15 0.17 0.31 0.36 0.44 0.59 0.83 6.9% 
Central and South America .• ..•. ....... . ... 0.79 0.80 1.18 1.45 1.76 2.09 2.51 4.9% 
Other .... • . .. .• ..... . .•....... . . . ....•. 0.16 0.20 0.44 0.76 1.28 1.96 3.15 12.1% 

Total Unconventional Production • • ••••••• 2.48 2.78 4.73 6.34 8.32 10.83 14.00 7.0% 

Total Production ••••••••••••••••••••••••• • 83.65 84.66 90.40 96.70 101.80 107.14 113.31 1.2% 

0 
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TableA20. International Liquids Supply and Disposition Summary (Continued) 
Million Barrels erDa , Unless Otherwise Noted 

Reference Case Annual 

Supply and Disposition Growth 
006-2030 

2005 (percent) 

Consumption' 
OECD 

United Slates (50 states) ............... .. 20.80 20.65 20.99 21 .59 21 .47 21.52 22.11 0.3% 
United States Territories .. . ... . ... .. ... . .. 0.37 0.38 0.43 0.47 0.51 0.55 0.59 1.9"k 
Canada . .. .. . . . . .. . . .. . . ..... . ... . .. . . 2.26 2.27 2.32 2.34 2.36 2.38 2.40 0.2% 
Mexico .. .. .. ... .. ........ .... .... .... 2.03 2.06 2.19 2.36 2.61 2.75 2.95 1.5% 
OECD Europe• . . . .. . . .. ..... ... . . . .. ... 15.42 15.42 15.47 15.63 15.71 15.79 15.86 0.1% 
Japan .. ....................... ....... 5.16 5.16 5.18 5.21 5.22 5.24 5.26 0.1% 
South Korea . . . ... .. .. . . . . .. ... .. . . . . . . 2.17 2.18 2.25 2.47 2.57 2.68 2.81 1.1% 
Australia and New zealand ... .... ..... ... 1.03 1.03 1.07 1.13 1.19 1.25 1.28 0.9% 

TotaiOECD •••••••••••••••••••••••••• 49.24 49.16 49.90 51.20 51.64 52.16 53.28 0.3% 
Non·OECD 

Russia ...•.. ... .. .. .... . . . . . .. .. ... . .. 2.n 2.79 2.89 3.03 3.13 3.25 3.32 0.7% 
Other Non-OECD Eurasia" ......... . . . . ... 2.05 2.09 2.26 2.43 2.64 2.79 2.96 1.5% 
China ..... .. .. .. ........ . .. ... .... .. . 6.73 7.26 9.44 10.55 11.96 13.63 15.69 3.3% 
India ... ......... ........ .. ....... .. .. 2.44 2.49 2.68 3.25 3.62 4.03 4.37 2.4% 
Other Non-OECD Asia .. .. .. ........... .. 6.02 6.14 6.67 7.64 8.35 9.08 9.86 2.0% 
Middle East' . .. ... . ... . .... . ... . ....... 5.91 6.15 7.13 7.79 8.46 9.18 9.84 2.0% 
Africa ··· ··· ···· ······ ··· ·· ·· ········ · 2.90 2.99 3.36 3.88 4.35 4.62 4.93 2.1% 
Brazil •.•.... • •.••.•.. • ••...••. . .....• . 2.40 2.34 2.57 2.87 3.15 3.42 3.68 1.9% 
Other Central and South America ......... . 3.17 3.26 3.51 4.05 4.51 4.98 5.37 2.1% 

Total Non·OECD •••••••••••••••••••••• 34.41 35.51 40.51 45.50 50.16 54.98 60.02 2.2% 

Total Consumption ••• • •••••••••••••••••.•• 83.65 84.66 90.40 96.70 101.80 107.14 113.30 1.2% 

OPEC Production'" ... •. ........ . ..•. . .. .. .. 34.31 34.90 36.40 39.26 40.87 42.91 46.16 1.2% 
Non-OPEC Produdlon10 

•••• • •• •• •••• • • • •••• • 49.34 49.76 54.00 57.44 60.94 64.23 67.15 1.3% 
Net Eurasia Exports ... • ... . ......... . ...... 9.15 9.63 11.37 12.91 13.98 14.86 15.43 2.0% 
OPEC Market Share (percent) • .. ...... .. ... .. 41 .0 41 .2 40.3 40.6 40.1 40.0 40.7 -D.O"Io 

'Weighted average price delivered lo U.S. raftners. 
'Includes production of crude on (lndudlng Ieese condensates), natural gas plant liquids, other hydrogen and hydrocarbons for raftnery feedstocks, alcohol and 

olher sources, and rafinery gelns. 
'OPEC = Organization of Petroleum Exporting Countries • Algeria, Angola, Indonesia, Iran, Iraq, Kuwal~ Ubya, Nigeria, Qatar, Saudi Arabia, the Unl!ed Arab 

Emirates, and Venezuela. Does not lndude Ecuador, which was admlttad to OPEC as a tun member on November 17, 2007. 
'OECD Europe m Organization for Economic Cooperation and Development· Austria, Belgium, Czech Rapubllc, Denrnatl!, Anland, France, Gennany, Greece, 

Hungary, Iceland, Ireland, Italy, Luxembourg, the Nethertends, Norway, Poland, Portugal, Slovakia, Spain, Sweden, Swltzertand, Turkey, and lhe Unl!ed Kingdom. 
'Eurasia consists of Annenla, Azerbaijan, Belarus, Estonia, Georgia, Kazakhstan, Kyrgyzstan, Latvia, Uthuanla, Moldova, Russia, Tajlldstan. Turkmenistan, 

Ukraine, and Uzbekistan. 
'Other Asia= Afghanistan, Bangladesh, Bhutan, Brunei, Cambodia (Kampuchea), FIJI, Franch Polynesia, Guam, Hong Kong, Indonesia, KlrlbaU, Laos, Malaysia, 

Macau, Maldives, Mongolia, Myanmar (Bunna), Nauru, Nepal, New Caledonia, Niue, North Korea, Pakistan, Papua New Guinea, PhiDpplnes, Samoa, Slngapora, 
Solomon Islands, Sri Lanka, Taiwan, Thafiand, Tonga, Vanuatu, and Vietnam. 

'Non-OPEC Middle East Includes Turkey. 
'Includes liquids produced from energy crops, natural gas, coal, oB sands, and shale. lndudas both OPEC and non-OPEC producers In the regional 

breakdown. 
11ncludas both OPEC and non-OPEC consumers In lhe regional braakdown. 
"Includes both convandonal and nonconvendonal liquids production. 
· • = Not applicable. 
Note: Totals may not aqua! sum of components due to Independent rounding. Data for 2005 and 2006 ara modelrasulls and mey differ sPghUy from official EIA 

data reports. 
Sources: 2005 and 2006 low sulfur llghl crude oil price: Energy Information AdmlnislraUon (EIA), Form EIA-856, 'Monthly Foreign Crude On Acquisition 

Report.' 2005 and 2006 Imported crude oil price: EIA, Annual Energy Review 2006, DOE/EIA-oo&4(2006) (Washington, DC, June 2007). 2005 quanUties derivecl 
from: EIA. International Energy Annual 2005, DOE/EIA~19(2005) (Washington, DC, June-October 2007). 2006 quantities and proJections: EIA, AE02008 
National Energy Modeling System run AE02008.003020BF. 
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AppendixB 

Economic Growth Case Comparisons 
Table 81. Total Energy Supply and Disposition Summary 

(Quadrillion Btu per Year, Unless Otherwise Noted) 
Projections 

2010 2020 2030 
Supply, Dllposltlon, and Prices 2006 

Low II 
1
11 High Low : I• 11; High Low :II 

1
11 High Economic Reference Economic Economic Reference Economic Economic Reference Economic 

Growth Growth Growth Growth Growth Growth 

ProducUon 
Crude Oil and Lease Condensate . . . . .• . •.. 10.80 12.75 12.76 12.n 13.38 13.40 13.52 11.87 12.04 12.18 
Natural Gas Plant Uquids .... .. .... ...... 2.36 2.26 2.27 2.29 2.25 2.31 2.36 2.01 2.11 2.20 
Dry Natural Gas • .•.• . . . •• . •.. . • ..• . . . .. 19.04 19.53 19.85 20.13 19.50 20.24 20.63 19.07 20.00 21.10 
Coal' .. ... .. .. .. ... ... .. .... ..... .. .. 23.79 23.95 23.97 24.00 23.63 25.20 27.23 25.47 28.63 32.20 
Nuclear Power . ••.... .. ..... . ..•• .. •. • . 8.21 8.31 8.31 8.31 8.90 9.05 9.26 8.72 9.57 10.92 
Hydropower ...•... . . ... . ••. . . . . . . .. • .• 2.89 2.92 2.92 2.92 2.99 3.00 3.00 2.99 3.00 3.00 
Biomass• ····· ·· ··· ···· ···· ········ ··· 2.94 4.02 4.05 4.10 6.29 6.42 6.61 7.84 8.12 8.53 
Other Renewable Energy' •••.• . •. . .. . • .. . 0.88 1.46 1.51 1.51 1.78 2.00 2.08 2.09 2.45 2.61 
Othe,. .. .. .. ...... ... .. ... ..... .. .... 0.50 0.53 0.54 0.54 0.59 0.58 0.58 0.64 0.64 0.65 

Total • •••••••••• • • • ••••••••••••••• •• 1.1.,41 _75~71 76.17 76.56._ 79.3L ... J 2.21 _____85.2Z. _ _IID.ZL_.86.56.__93.3!!_ ... -

Imports 
Crude Oil . .. .. • . .. • •.•... •• . .•.. . •.... 22.08 20.76 21 .14 21.33 20.61 21.58 22.36 22.66 24.41 25.n 
Uquld Fuels and Other Petroleum• . . . ..• . . . 7.21 5.44 5.61 6.02 4.61 5.43 6.41 3.90 5.44 6.93 
Natural Gas . ... .•. . • . ... .. . . . . • . • . . . . . 4.29 4 .70 4.80 4.89 4.42 4.68 4.93 4.16 4.64 4.80 
Other Imports• . ..... .. ... . .. . .. . .... .. . 0.98 0.94 0.95 0.95 1.96 1.93 1.95 2.80 2.74 2.85 

Total • •••••••••••••••••••••••••••• • • 34.57 31.84 32.49 33.20 31.60 33.62 35.65 33.52 37.22 40.36 

Exports 
Petroleum' .. . . • ... .. ...... . ....• •. • . .• 2.60 2.83 2.82 2.84 3.00 2.98 3.00 3.42 3.33 3.11 
Natural Gas .• . ..•• . . . • . . . •. • . .. ...... . 0.73 0.85 0.84 0.84 1.05 1.02 1.00 1.43 1.36 1.30 

0 Coal .•. • ..... . ..... . ... . . .. .. • . . . .. • . 1.26 1.79 1.79 1.79 0.88 0.87 0.86 0.88 0.88 0.88 
Total • •••••••••• • •••••• • ••••• •• •• • •• 4.59 5.47 5.45 5.47 4.93 4.87 4.86 5.73 5.56 5.29 

Discrepancy" •••••••• • •••. • •••••• •• • . ••• 1.87 -0.10 -0.13 -0.17 0.17 0.12 0.02 0.29 0.21 0.07 

Consumption 
Uquid Fuels and Other Petroleum• .. . . .. ... 40.06 39.85 40.46 41.12 40.15 42.24 44.43 40.08 43.99 48.01 
Natural Gas •.. . . ... ... .. .• . •. . .•. . .... 22.30 23.51 23.93 24.31 22.99 24.01 24.68 21 .91 23.39 24.71 
Coal'"· .. . .. . . ......• • ..... • •• . . . . . . • • 22.50 23.00 23.03 23.06 24.48 25.87 27.74 27.00 29.90 32.99 
Nuclear Power . . •.. ... .... .. •..• . ...•.. 8.21 8.31 8.31 8.31 8.90 9.05 9.26 8.72 9.57 10.92 
Hydropower .. . ........ .......... . . .. . . 2.89 2.92 2.92 2.92 2.99 3.00 3.00 2.99 3.00 3.00 
Biomass" .... ...... .... ... ...... ... .. 2.50 2.97 3.01 3.06 4.35 4.50 4.69 5.23 5.51 5.94 
Other Renewable Energy' ... . .. • . . . . . • .. . 0.88 1.46 1.51 1.51 1.78 2.00 2.08 2.09 2.45 2.61 
Other12 • • • •• • • • • • •••• • • • • • • • • ••• • • • • •• 0.19 0.18 0.18 0.18 0.17 0.17 0.17 0.18 0.20 0.20 

Total . •••••••••••••••••••••••••••••• 99.52 102.19 103.34 104.46 105.82 110.85 116.04 108.21 118.01 128.38 

0 
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Table B1. Total Energy Supply and Disposition Summary (Continued) 
(Quadrillion Btu per Year, Unless Otherwise Noted) 

Projections 

2010 2020 2030 
Supply, Disposition, and Prices 2006 

Low :II til High Low :II 1 II High Low :II ,1, High Economic Reference Economic Economic Reference Economic Economic Reference Economic 
Growth Growth Growth Growth Growth Growth 

Prices (2006 dollars per unit) 
Petroleum (dollars per barrel) 

Imported Low Sulfur Ught Crude Oil Price .. 66.02 73.52 74.03 74.56 58.73 59.70 60.62 68.43 70.45 72.15 
Imported Crude 011 Price'" .. • .•. • .• •• .. . 59.05 64.48 65.18 66.21 50.37 51.55 52.42 55.52 58.66 62.27 

Natural Gas (dollars per million Btu) 
Price at Henry Hub • ••• • ••.••• .•• • . • •. . 6.73 6.69 6.90 7.11 5.72 5.95 5.93 6.84 7.22 7.61 
Wellhead Price14 •••••••••• • •• • •••••••• 6.24 5.96 6.16 6.35 5.08 5.29 5.27 6.10 6.45 6.80 

Natural Gas (dollars per thousand cubic feet) 
Wellhead Price14 

•• • •••••• • •••••••• • •• • 6.42 6.13 6.33 6.53 5.22 5.44 5.43 6.27 6.63 7.00 
Coal (dollars per ton) 

Mlnemouth Price•• ....... .. .......... . 24.63 26.02 26.16 26.33 22.24 22.51 23.16 22.15 23.32 24.09 
Coal (dollars per million Btu) 

Mlnemouth Price•• ... .. ..... ... .. .. .. . 1.21 1.27 1.28 1.29 1.12 1.14 1.18 1.13 1.19 1.24 
Average Delivered Price" ...... .• • . ...• . 1.78 1.92 1.93 1.94 1.74 1.n 1.81 1.76 1.82 1.87 

Average Electricity Price 
(cents per kllowatthour) .• • ••..•.. . •••.••. 8.9 9.1 9.2 9.3 8.3 8.6 8.7 8.6 8.8 9.1 

'Includes waste coal. 
'Includes grkk:onnected eleclrfcfly from wood and waste; biomass, suCh as com, used lor liquid fuels producllon; and non-eleclrlc energy demand from wood. Refer to 

Table A17 for details. 
'Includes grfd..connected elecltfclly from landffll gas; biogenic municipal waste; wfnd; pholovollafc and solar thermal sources; and non-electrlc energy from renewable 

sources, such as active and passive solar systems. Excludes electricity Imports using renewable sources and nonmmkaled renewable energy. Sea Tabla A 17 for selected 
nonmmkeled residential and commercial renewable energy. 

'Includes non-biogenic municipal waste, Dquld hydrogen, methanol, and some domesUc Inputs to refineries. 
'Includes Imports of finished petroleum products, Wlftnfshed ens, alcohols, ethers, blanding components, and renewable fuels suCh as ethanol. 
'Includes coal, coal coke (nat), and eleclrlcfly (net). 
71ncfudes crude oD and patrolaum products. 
'Balancing Item. Includes Wlaccounted for supply, losses, gains, and nat storage withdrawals. 
'Includes palrolaum-dartved fuels and non-petroleum derived fuels, such as ethanol and biodlasel. Petroleum coke, which Is a sofid, Is Included. Also included 8111 natural 

gas plant Bqulds, crude on consumed as a fuel, and liquid hydrogen. Refer to Tabla A 17 for detaUed renewable liquid fuels consumption. 
''Excludes coal converted to coal-based synthetic Uqulds. 
"Includes grid-connected elacltlclty from wood and wood wasta, noiHIIectrlc energy from wood, and blofuels heat and coproducls used In the production of Uquid fuels, but 

excludes the energy content of the fiquld fuels. 
12lncludes non-biogenic munlclpal wasta and net alecltldty imports. 
'"Weighted average price delivered to U.S. refiners. 
"Represents lower 48 onshore and offshore suppfias. 
"Includes reported prices lor both open mmkel and captiva mines. 
"Prices weighted by consumpllon; weighted average excludes residential and commercial prices, and export free-alongsldHhip (l.a.s.) prices. 
Btu = British thermal unll 
• • g Not appOcabla. 
Note: Totals may not equal sum of components due to lndapandanl rounding. Data lor 2006 8111 model results and may differ sDghtiy from olfldal EIA data reports. 
Sources: 2006 natural gas supply values and natural gas wellhead price: EIA, Nafuta/ Gas Monthly, DOEJEIA-<1130(2007/04) (Washington, DC, Aprll2007). 2006 coal 

mlnemoulh and defivared coal prices: EIA, AnnuBI Coal Report 2006, DOEJEIA-o584(2006) (Washington, DC, November 2007). 2006 petroleum supply values: EIA. 
PeltD/eum Supply Annua/2006, OOEJEIA-<1340(2006)/1 (Washington, DC, Saplembar 2007). 2006 low sulfur light crude on price: EIA, Form EIA-856, 'Monthly Foreign Crude 
Oil Acquisition Report.' Other 2006 coal values: Quarterly Coal Report, Oclo!Hir-DacantJer 2006, DOEJEIA-<1121 (2008140) (Washington, DC, Manch 2007). Other 2006 
values: EIA, Annual Energy Review 2006, DOEJEIA-<1384(2006) (Washington, DC, June 2007). Projections: EIA, AE02008 National Energy ModaDng System runs 
lM2008.0031608A, AE02008.0030208F, and HM2008.D031608A. 
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Economic Growth Case Comparisons 

0 Table 82. Energy Consumption by Sector and Source 
(Quadrillion Btu per Year, Unless Otherwise Notedl 

Projections 

2010 2020 2030 
Sector and Source 2008 

Low : li I II High Low :II I II High Low :II High 
Economic Reference Economic Economic Reference Economic Economic Reference Economic 
Growth Growth Growth Growth Growth Growth 

Energy Consumption 

Residential 
Uquefled Petroleum Gases •. . . . .. . ••.•• . 0.47 0.48 0.48 0.48 0.51 0.52 0.53 0.52 0.55 0.58 
Kerosene .... .. ........ .. .. .. .. .... .. 0.07 0.08 0.08 0.08 0.08 0.08 0.09 0.08 0.08 0.09 
Distillate Fuel 011 ..... ..... . .. . . ... .. .. 0.70 0.76 0.75 0.75 0.73 0.73 0.73 0.65 0.65 0.65 

Uquld Fuels and Other Petroleum Subtotal 1.25 1.31 1.31 1.32 1.32 1.33 1.35 1.26 1.29 1.32 
Natural Gas . .. •... .•.. . .. . . . .. . •. . .. . 4.50 4.94 4.95 4.96 5.18 5.30 5.44 5.07 5.32 5.57 
Coal . . .•...•.. . • • ..•...• • . . .. . •.. . .. 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01 
Renewable Energy' . . .... . . . .. .... . .... 0.41 0.44 0.44 0.44 0.40 0.40 0.41 0.36 0.38 0.39 
Electricity . .. .... ..... . . . ..... ..... .. 4.61 4.93 4.95 4.97 5.10 5.25 5.41 5.52 5.88 6.22 

Delivered Energy ••••••• • • •. ••••• • ••• 10.77 11.63 11.66 11.69 12.01 12.30 12.63 12.23 12.88 13.52 
Electricity Related Losses ... •• . . •.•.. •.• 10.04 10.58 10.59 10.60 10.81 11.08 11 .36 11 .54 12.14 12.74 
Total -- -- 20:a-2-22.22 22:25 -~""H -22.82 23.39- - 23.99 '23.77 - 25.01 - 26.:25 ........ ~ ...................... 

Commercial 
Uquefled Petroleum Gases . . .. . .... . ..•. 0.08 0.09 0.09 0.09 0.09 0.09 0.09 0.09 0.09 0.10 
Motor Gasoline• .. . ..... •. • ... . . . .... . . 0.05 0.05 0.05 0.05 0.05 0.05 0.05 0.05 0.05 0.05 
Kerosene ...•.. • .. . .• . . .• . . . . . . .... .• 0.02 0.02 0.02 0.02 0.02 0.02 0.02 0.02 0.02 0.02 
Distillate Fuel 011 ..... .. ... ....... ..... 0.42 0.38 0.38 0.38 0.41 0.41 0.42 0.40 0.41 0.42 
Residual Fuel 011 ...••• . . . .• . . . .. . .. • .• 0.11 0.10 0.10 0.10 0.10 0.10 0.10 0.10 0.10 0.10 

Uquld Fuels and Other Petroleum Subtotal 0.68 0.63 0.63 0.63 0.67 0.68 0.69 0.67 0.68 0.70 
Natural Gas .• . . .•. ....•.. . ..... . •.. .. 2.92 3.02 3.04 3.06 3.34 3.47 3.60 3.54 3.78 4.03 
Coal .. ...... .• .•.. .... . • . ... .. ... . . . 0.08 0.08 0.08 0.08 0.08 0.08 0.08 0.08 0.08 0.08 

0 
Renewable Energy' . . .... . .• .. . ..• . . • •. 0.13 0.13 0.13 0.13 0.13 0.13 0.13 0.13 0 .13 0.13 
Electricity .. ..... ...... . . . ..... . ... . . . 4.43 4.69 4.73 4.75 5.49 5.67 5.84 6.24 6.62 7.01 

Delivered Energy ••••••• • •••••••••••• 8.25 8.56 8.62 8.65 9.71 10.03 10.34 10.66 11.30 11.95 
Electricity Related Losses . ... . .. . . . .•.. . 9.66 10.07 10.12 10.14 11.63 11.96 12.26 13.04 13.68 14.34 
Total ........ ............. .. ... ..... 17.91 18.63 18.74 18.80 21.34 21.98 22.60 23.70 24.98 26.29 

Industrial• 
Uquefled Petroleum Gases . .. ... . . . .. ... 2.09 2.07 2.12 2.18 1.65 1.83 2.04 1.40 1.71 2.05 
Motor Gasoline• . . . .. . ... . ... ..• .•. . ... 0.38 0.36 0.38 0.39 0.34 0.37 0.41 0.33 0.38 0.43 
Distillate Fuel 011 .. ... . . . .. . .... ... .... 1.28 1.24 1.29 1.34 1.12 1.23 1.34 1.07 1.23 1.40 
Residual Fuel 011 .. .. . .. ..... ... .... ... 0.28 0.27 0.28 0.29 0.22 0.23 0.24 0.20 0.23 0.25 
Petrochemical Feedstocks ··········· ··· 1.41 1.32 1.36 1.41 1.22 1.39 1.57 1.01 1.29 1.60 
Other Petroleum• ......•.• • .. . . • •• .. . • . 4.48 4.11 4.25 4.38 3.99 4.22 4.48 4.02 4.41 4.79 

Uquld Fuels and Other Petroleum Subtotal 9.92 9.38 9.67 9.98 8.53 9.27 10.07 8.03 9.25 10.53 
Natural Gas . . ..... •• . . .• . . . . . •. . ...• . 6.68 7 .03 7 .16 7.24 6.67 7.14 7.60 6.14 7.08 7 .94 
Naturai-Gas-to-Uqulds Heat and Power .•. • 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 
Lease and Plant Fuel1 

. ••••• •• • •• • . .•••• 1.17 1.20 1.21 1.22 1.22 1.25 1.27 1.23 1.27 1.32 
Natural Gas Subtotal ....... .. .. . ...... 7.85 8.23 8.37 8.47 7.89 8.39 8.87 7.37 8.35 9.26 

Metallurgical Coal ..... ..... .. ...... .. . 0.60 0.59 0.60 0.61 0.49 0.54 0.58 0.39 0.48 0.57 
Other Industrial Coal . ..•.. .•. .. . . . .... . 1.26 1.29 1.31 1.32 1.15 1.20 1.24 1.10 1.18 1.25 
Coal-to-Uqulds Heat and Power . . • .. . . . . . 0.00 0.00 0.00 0.00 0.15 0.34 0.58 0.34 0.55 1.27 
Net Coal Coke Imports ..... ........ .... 0.06 0.03 0.03 0.03 0.03 0.04 0.04 0.02 0.04 0.06 

Coal Subtotal .. •... .. . . . . . ... . .... .. . 1.92 1.91 1.93 1.96 1.82 2.11 2.45 1.84 2.26 3.15 
Bloluels Heat and Coproducts . .. . .... • . .. 0.30 0.68 0.67 0.67 1.50 1.49 1.49 2.34 2.31 2.29 
Renewable Energy" ..... . ... . .... . . .... 1.69 1.62 1.66 1.71 1.70 1.83 1.98 1.71 2.02 2.33 
Electricity ..•... . .......•. .• . . . . .•.. . . 3.42 3.44 3.50 3.57 3.32 3.59 3.87 2.94 3.52 4.10 

Delivered Energy •••••••••••••••••••• 25.10 25.26 25.82 26.36 24.75 26.70 28.73 24.23 27.70 31.67 
Electricity Related Losses . . . . . . . . . • . . . . . 7.45 7.38 7.50 7.62 7.03 7.57 8.13 6.14 7.28 8.39 
Total .......... ......... ...... ........ 32.55 32.64 33.32 33.98 31.78 34.27 36.86 30.37 34.98 40.06 

0 
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Table 82. Energy Consumption by Sector and Source (Continued) 0 
(Quadrillion Btu per Year, Unless Otherwise Notedl 

ProJections 

2010 2020 2030 
Sector and Source 2006 

Law :II 111 High Law :II !II High Law :II High 
Economic Reference Economic Economic Reference Economic Economic Reference Economic 
Gruwth Gruwth Gruwth Gruwth Gruwth Growth 

Transportation 
Uquefled Petroleum Gases ... . .......... 0.02 0.02 0.02 0.02 0.01 0.01 O.Q1 0.01 0.01 0.02 
E851 

••••••••••. • •..•.••••••••••..••• 0.00 0.00 0.00 0.00 1.07 0.97 0.95 1.53 1.34 1.26 
Motor Gasoline• . .• ......•. ... .. .. ..... 17.20 17.13 17.25 17.40 15.81 16.56 17.32 14.66 15.97 17.34 
Jet Fuel" ••. • ........ ... .. .•. .. ... .... 3.16 3.41 3.44 3.47 4.10 4.15 4.13 4.62 4.79 4.83 
Distillate Fuel 01110 

••••••••••••••••••••• 6.18 6.38 6.54 6.72 7.05 7.63 8.26 7.67 8.98 10.30 
Residual Fuel 011 ••• •...•••.•...•.•.... 0.83 0.85 0.85 0.86 0.85 0.86 0.87 0.86 0.87 0.88 
Uquld Hydrogel") ···· ··· ···· ···· ······· 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 
Other Petroleum 11 ..................... 0.18 0.17 0.17 0.17 0.17 0.18 0.18 0.18 0.18 0.19 

Uquld Fuels and Other Petroleum Subtotal 27.57 27.97 28.29 28.63 29.06 30.37 31.72 29.53 32.15 34.82 
Pipeline Fuel Natural Gas .•............. 0.59 0.63 0.64 0.65 0.66 0.69 0.71 0.68 0.72 0.76 
Compressed Natural Gas ····· ·· ········ 0.02 0.03 0.04 0.04 0.06 0.07 0.08 0.07 0.08 0.10 
Bectrlclty ............................ 0.02 0.02 0.02 0.02 0.03 0.03 0.03 0.03 0.03 0.03 

Delivered Energy •••••••••••••••••••• 28.20 28.66 28.98 29.34 29.81 31.15 32.53 30.31 32.98 35.71 
Electricity Related losses ...... .. ..... .. 0.05 0.05 0.05 0.05 0.06 0.06 0.06 0.06 0.06 0.06 
Totel ............................... 28.25 28.70 29.03 29.39 29.87 31.21 32.59 30.38 33.04 35.77 

Delivered Energy Consumption for All 
Sectors 

Uquefled Petroleum Gases •............. 2.65 2.65 2.70 2.76 2.26 2.45 2.68 2.03 2.37 2.75 
E851 

• •••• ••• ••• .• •••••••• •• ••• • •••• • 0.00 0.00 0.00 0.00 1.07 0.97 0.95 1.53 1.34 1.26 
Motor Gasoline• . .... . .....• . .......... 17.62 17.54 17.68 17.84 16.20 16.99 17.78 15.04 16.40 17.83 
Jet Fuel" ..•............... . .......... 3.16 3.41 3.44 3.47 4.10 4.15 4.13 4.62 4.79 4.83 
Kerosene . .. .....•....••. ...... ... .. . 0.11 0.12 0.12 0.12 0.12 0.13 0.13 0.12 0.13 0.13 
Distillate Fuel 011 • ......•.••.••..•••... 8.59 8.76 8.97 9.19 9.31 10.00 10.74 9.80 11.28 12.77 

0 Residual Fuel 011 ••...••.••.•..••....•. 1.23 1.22 1.23 1.24 1.17 1.19 1.21 1.15 1.20 1.24 
Petrochemical Feedstocks ... .. ... ...... 1.41 1.32 1.36 1.41 1.22 1.39 1.57 1.01 1.29 1.60 
Uquld Hydrogen ·· ···················· 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 
Other Petroleum•• ..............•...... 4.64 4.27 4.40 4.54 4.14 4.38 4.64 4.18 4.56 4.96 

Uquld Fuels and Other Petroleum Subtotal 39.41 39.30 39.90 40.56 39.58 41.65 43.83 39.49 43.37 47.37 
Natural Gas .. .....• . ... .• ... . ..... .. . 14.12 15.03 15.19 15.30 15.25 15.98 16.72 14.82 16.27 17.64 
Naturai·Gas-to-Uqulds Heat and Power .... 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 
lease and Plant Fuel' .. . .... ... .. ..... . 1.17 1.20 1.21 1.22 1.22 1.25 1.27 1.23 1.27 1.32 
Pipeline Natural Gas ......... ... .... ... 0.59 0.63 0.64 0.65 0.66 0.69 0.71 0.68 0.72 0.76 

Natural Gas Subtotal .. . ......... ... ... 15.88 16.86 17.04 17.17 17.13 17.93 18.70 16.73 18.26 19.73 
Metallurgical Coal . .. ... .... ........... 0.60 0.59 0.60 0.61 0.49 0.54 0.58 0.39 0.48 0.57 
Other Coal .... . .. ..• .. .... .. .. .. ..... 1.35 1.38 1.40 1.41 1.24 1.29 1.33 1.19 1.27 1.34 
Coal-to·Uqulds Heat and Power .. .. . ..... 0.00 0.00 0.00 0.00 0.15 0.34 0.58 0.34 0.55 1.27 
Net Coal Coke Imports ..... .. ... .... .. . 0.06 0.03 0.03 0.03 0.03 0.04 0.04 0.02 0.04 0.06 
Coal Subtotal .........•.............. 2.02 2.00 2.03 2.05 1.92 2.21 2.54 1.93 2.35 3.25 

Blofuels Heat and Coproducts ........ . . .. 0.30 0.68 0.67 0.67 1.50 1.49 1.49 2.34 2.31 2.29 
Renewable Energy" .. .. ... .. .... ... ... 2.23 2.19 2.23 2.28 2.22 2.37 2.52 2.21 2.52 2.85 
Electricity ......................•.. . .. 12.49 13.08 13.20 13.31 13.93 14.54 15.16 14.74 16.05 17.36 

Delivered Energy .................... 72.32 74.10 75.08 76.05 76.28 80.18 84.23 77.43 84.86 92.85 
Bectrlclty Related losses .........•..... 27.19 28.08 28.26 28.41 29.54 30.67 31.81 30.78 33.16 35.54 
Totel ........................ ... ... 99.52 102.19 103.34 104.46 105.82 110.85 116.04 108.21 118.01 128.38 

Electric Power•• 
Distillate Fuel Oil . ..................... 0.18 0.18 0.18 0.18 0.18 0.20 0.21 0.20 0.23 0.24 
Residual Fuel 011 ..••.•..••• . ...•• .. .•. 0.46 0.38 0.38 0.38 0.38 0.39 0.39 0.39 0.40 0.41 

Uquld Fuels and Other Petroleum Subtotal 0.64 0.55 0.56 0.56 0.56 0.59 0.60 0.59 0.63 0.64 
Natural Gas ..... . .....•..... . ... .. . .• 6.42 6.64 6.89 7.14 5.86 6.09 5.97 5.18 5.13 4.99 
Steam Coal .... ..... .. ........ .. .... . 20.48 21.00 21.01 21 .01 22.57 23.67 25.20 25.07 27.55 29.75 
Nuclear Power . . ...... . .... ... . ..... . . 8.21 8.31 8.31 8.31 8.90 9.05 9.26 8.72 9.57 10.92 
Renewable Energy" ... ... ......... . ... 3.74 4.48 4.53 4.52 5.41 5.64 5.75 s.n 6.13 6.40 
Electricity Imports ···· ·· ···· ····· ··· ··· 0.06 0.05 0.05 0.05 0.04 0.04 0.04 0.05 0.08 0.07 

Total" ••••••• •••. .••••• ••• •••.••••• 39.68 41.16 41.46 41.72 43.47 45.21 46.96 45.52 49.21 52.90 

0 
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Economic Growth Case Comparisons 

Table 82. Energy Consumption by Sector and Source (Continued) 
(Quadrillion Btuper Year, Unless Otherwise Noted) 

Projections 

2010 2020 2030 
Sector and Source 2006 

Low :II Ill High Low :II :II High Low :II •II High Economic Reference Economic Economic Reference Economic Economic Reference Economic 
Growth Growth Growth Growth Growth Growth 

Total Energy Consumption 
Uquefled Petroleum Gases . . .... . .• • . . · . . 2.65 2.65 2.70 2.76 2.26 2.45 2.68 2.03 2.37 2.75 
E851 

• • • •• • .•. • •. .••.•••• .•. .. • .•. • • • 0.00 0.00 0.00 0.00 1.07 0.97 0.95 1.53 1.34 1.26 
Motor Gasoline• . ...... .... . . . .. ...... . 17.62 17.54 17.68 17.84 16.20 16.99 17.78 15.04 16.40 17.83 
Jet Fuel" . . . . . . . . ... . . . ......... . . . .. . 3.16 3.41 3.44 3.47 4.10 4.15 4.13 4.62 4.79 4.83 
Kerosene ..... . .... . ... . . . .. .. . . . . . . . 0.11 0.12 0.12 0.12 0.12 0.13 0.13 0.12 0.13 0.13 
Distillate Fuel 011 • • . .. . .•. .... .... . .•.. 8.77 8.94 9.15 9.37 9.49 10.20 10.96 10.01 11.51 13.01 
Residual Fuel Oil ........... . .. .. ...... 1.69 1.60 1.60 1.62 1.55 1.58 1.60 1.54 1.60 1.65 
Petrochemical Feedstocks ········ ······ 1.41 1.32 1.36 1.41 1.22 1.39 1.57 1.01 1.29 1.60 
Uquld Hydrogen ....... ............... 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 
Other Petroleum•• ...... ....... ....... . 4.64 4.27 4.40 4.54 4.14 4.38 4.64 4.18 4.56 4.96 

Uquld Fuels and Other Petroleum Subtotal 40.06 39.85 40.46 41 .12 40.15 42.24 44.43 40.08 43.99 48.01 
Natural Gas . ... .. .. . ....... . . . .... .. . 20.54 21.68 22.08 22.44 21.10 22.07 22.70 20.00 21.40 22.63 
Naturai:Gas-to-Uqulds Heat and Power .... --o~oo--o:on -o.oo - 0.00 - -o.oo--· 0.00 0.00 - -().00- - 0.00 - 0.00 
Lease and Plant Fuel1 

• . •••• • •••. • ••• ••. 1.17 1.20 1.21 1.22 1.22 1.25 1.27 1.23 1.27 1.32 
Pipeline Natural Gas . .. ......... . ... .. . 0.59 0.63 0.64 0.65 0.66 0.69 0.71 0.68 0.72 0.76 

Natural Gas Subtotal .. . . . . ... . .. . ... . . 22.30 23.51 23.93 24.31 22.99 24.01 24.68 21.91 23.39 24.71 
Metallurgical Coat ····· ·· ···· ·········· 0.60 0.59 0.60 0.61 0.49 0.54 0.58 0.39 0.48 0.57 
Other Coal . . . . .... . .. .. .. . . . ..... .. .. 21.83 22.38 22.41 22.42 23.81 24.96 26.53 26.26 28.82 31.09 
Coal-to-Uqulds Heat and Power .. . .... . . . 0.00 0.00 0.00 0.00 0.15 0.34 0.58 0.34 0.55 1.27 
Net Coal Coke Imports .... ... ... .. ..... 0.06 0.03 0.03 0.03 0.03 0.04 0.04 0.02 0.04 0.06 
Coal Subtotal ... . . ........ ... ........ 22.50 23.00 23.03 23.06 24.48 25.87 27.74 27.00 29.90 32.99 

Nuclear Power .............. .. ........ 8.21 8.31 8.31 8.31 8.90 9.05 9.26 8.72 9.57 10.92 
Blofuels Heat and Coproducts . ... .... .... 0.30 0.68 0.67 0.67 1.50 1.49 1.49 2.34 2.31 2.29 
Renewable· Energy" .. ..... .. ... ..... .. 5.97 6.67 6.76 6.81 7.63 8.01 8.27 7.98 8.66 9.25 
Electricity Imports .... ...... ... .. ... .. . 0.06 0.05 0.05 0.05 0.04 0.04 0.04 0.05 0.08 0.07 
Total ·················· ············ 99.52 102.19 103.34 104.46 105.82 110.85 116.04 108.21 118.01 128.38 

Energy Use and Related SteUstlcs 
Delivered Energy Use . . .. ... . ... .... .. .. . 72.32 74.10 75.08 76.05 76.28 80.18 84.23 77.43 84.86 92.85 
Total Energy Use ·· ··· ···· ··· ·· ··· ····· · 99.52 102.19 103.34 104.46 105.82 110.85 116.04 108.21 118.01 128.38 
Ethanol Consumed In Motor Gasoline and E85 0.47 1.04 1.05 1.05 1.82 1.82 1.82 2.04 2.01 2.01 
Population (millions) . . . .. . . . ... . . . .. .. .. • 300.13 309.46 310.85 312.64 325.45 337.74 351.32 336.65 365.59 396.34 
Gross Domestic Product (billion 2000 dollars) 11319 12110 12453 12797 14743 15984 17239 17429 20219 23002 
Carbon Dioxide Emissions (million metric tons) 5890.3 5953.4 6010.6 6068.7 6076.9 6384.1 6720.8 6263.6 6851.0 7452.0 

'Includes wood used lor residential heating. Sea Table A4 and/or Table A 17 lor asUmates of nonmarketed renewable energy consumption lor geothermal heat pumps, solar 
thermal hoi water heating, and solar phOIOIIDIIafc eleclr1clly generation. 

'Includes ethanol (blends of 1 0 percent or less) and ethers blended Into gasoline. 
'Excludes ethanol. Includes commercial seclor consumption of wood and wood waste, landfill gas, municipal waste, and other biomass lor combined heal and power. See 

Table AS and/or Table A171or estimates of nonmarkeled renewable energy consumption lor solar thermal hot water heating and solar pholovollafc eleclriclty generaUon. 
'Includes energy lor combined heal and power plants, except those whose primary business Is to sell electricity, or electricity and heal, to the public. 
"Includes petroleum coke, asphalt, road on, lubricants, still gas, and miscellaneous pelraleum products. 
"Represents natural gas used In wen, Held, and lease operations, and In natural gas processing plant machinery. 
'Includes consumption of energy produced from hydroeleclric, wood and wood waste, municipal waste, and other blomass sources. Excludes ethanol blends (tO percent or 

less) In motor gasoline. 
"Eas refers to a bland ol85 percent ethanol (renewable) and 15 percent motor gasoline (nonrenewable). To address cold star1lng Issues, the percenlaga of ethanol varies 

seasonally. The BMual average ethanol content ol74 percent Is used for this forecast 
"'ncludes only kerosene type. 
"Diesel fuel lor on- and oH- road use. 
"Includes aviation gasonne and lubricants. 
121ncludes unfinished oils, natural gasonne, motor gasoUne blending components, aviation gasoline, lubricants, still gas, asphalt, road oil, pelraleum coke, and mlsceUaneous 

petraleum products. 
"Includes electricity generated lor sale to the grid and lor own use from renewable sources, and non-electric energy from renewable sources. Excludes ethanol and 

nonmarkeled renewable energy consumption lor geothermal heal pumps, buildings pholovollafc systems, and solar thermal hoi water healers. 
"Includes consumption of energy by electrtclly-only and combined heal and power plants whose primary business Is to seD electricity, or electricity and heal, to the pubUc. 

Includes small power producers and exempt wholesale generators. 
'"Includes conventional hydroelectric. geothermal, wood and wood waste, biogenic municipal waste, other biomass, pelnlleum coke, wind, pholovollalc and solar thermal 

sources. Excludes net eleclriclly Imports. 
'"Includes non-biogenic munlcfpel waste not Included above. 
"Includes conventional hydroelectric, geothermal, waod and wood wasta, biogenic municipal waste, other biomass, wind, photovollalc and solar thermal sources. Excludes 

ethanol, net electricity imports. and nonmarkeled renewable energy consumpllon lor geothermal heal pumps. buildings pholovollafc systems, and solar thermal hal water 
heaters. 

Stu = British thermal unit 
- - = Not applicable. 
Note: T olals may not equal sum of components due to Independent rounding. Data lor 2006 are model results and may diHer sllghtiy from official EIA data reports. 

Consumption values of 0.00 are values !hal round to 0.00. because they are less than 0.005. 
Sources: 2006 consumption based on: Energy lnlormaUon Administration (EIA), Annual Energy Review 2006, DOEIEIA~(2006) (Washington, DC, June 2007). 2006 

population and gross domestic product Globallnslghl, Globallnslghllnduslry and Employment models, July 2007. 2006 carbon dioxide emissions: EIA, Emissions of 
GlfHinhousa Gases In lhe Unilad Stales 2006, DOEIEIA-Q573(2006) (Washington, DC, November 2007). Pro)ecUons: EIA, AE02008 National Energy ModeUng System runs 
LM2008.003160BA. AE02008.D030208F, and HM2008.003160BA. 

Energy Information Administration I Annnal Energy Ontiook 2008 153 



Economic Growth Case Comparisons 

Table 83. Energy Prices by Sector and Source 0 
(2006 Dollars per Million Btu, Unless Otherwise Noted} 

Projections 

2010 2020 2030 
Sector and Source 2006 

low :II 
1
11 High low :II 

1
11 High low :II 

1
11 High Economic Reference Economic Economic Reference Economic Economic Reference Economic 

G~ Gre~ G~ Gre~ Grewth Gre~ 

ResldenUal 
Uquelled Petroleum Gases . . • . ... . .•.... . 23.08 25.00 25.21 25.41 23.99 24.23 24.25 25.03 25.43 25.85 
Distillate Fuel Oil . . . . ... . .. .. . ... . . . .... 17.94 16.74 17.21 17.48 13.96 14.27 14.71 15.20 16.27 17.12 
Natural Gas ... .. ...... . ... . . . ...... . .. 13.40 11.95 12.15 12.36 11 .14 11.39 11.44 12.47 12.91 13.36 
Electricity .... .. • . . .... .. . .. ..... • . . . . . 30.52 30.99 31.37 31 .75 29.19 30.20 30.75 29.59 30.63 31.72 

Commercial 
Distillate Fuel 011 . •• ...••.. •••. •... .. . .. 14.59 14.78 15.24 15.51 12.88 13.24 13.81 13.96 15.00 16.08 
Residua! Fuel 011 • ..••••..•. .. .••••..• . . 8.60 9.95 10.06 10.17 7.73 7.95 8.11 8.52 9.22 9.80 
Natural Gas .• .... .......... . .......... 11.50 10.41 10.59 10.79 9.72 9.91 9.89 11 .13 11.43 11.75 
Electricity . ..... ... ...• . . . . . .. .. . . ..• .. 27.75 27.46 27.89 28.32 24.63 25.64 26.14 25.22 26.17 27.20 

lndustrla11 

Uquelled Petroleum Gases . .• ....... . . . .. 19.71 17.58 17.74 17.93 16.65 16.79 16.71 17.60 17.79 18.16 
Distillate Fuel 011 • .•.... ••.•• .•.... . . ..• 15.33 15.27 15.72 15.99 14.21 14.62 15.23 15.21 16.26 17.47 
Residua! Fuel 011 .•.... • ••. . • • •... . .. . .. 9.06 10.51 10.86 11 .10 7.96 8.29 8.65 8.84 9.62 10.61 
Natural Gas" ············· ··· ···· ······ 7.66 7.02 7.21 7.41 6.00 6.21 6.20 6.95 7.29 7.65 
Metallurgical Coal ...................... 3.54 4.06 4.07 4.09 3.38 3.42 3.45 3.54 3.60 3.67 
Other Industria! Coal ...... • • . ......... . . 2.34 2.41 2.42 2.43 2.24 2.28 2.34 2.26 2.33 2.41 
Coal to Uqulds . . . . . ....• . ... ..... • . ... . 0.94 1.09 1.27 1.20 1.30 1.39 
Electricity . . . . • . .... . ... .. . .. ... •..... . 17.97 18.88 19.21 19.56 16.49 17.27 17.59 16.93 17.63 18.24 

TransportaUon 
Uquefled Petroleum Gases• ·········· ··· · 21.72 25.82 26.03 26.24 24.70 24.94 24.95 25.64 26.03 26.44 
Ess• . ... .. . . . • .. . . . ... ... . . . . . ... . ... 24.81 22.26 23.58 23.84 18.66 18.15 19.83 18.85 19.62 21 .43 

0 Motor Gasoline• . . . . . .. . ... . ....... . . . . . 21 .19 20.80 21.23 21 .47 18.98 19.64 19.96 19.29 20.37 21 .58 
Jet Fuel' ... . ........... . .............. 14.83 15.33 15.77 16.03 13.02 13.27 13.54 14.37 15.37 16.36 
Distillate Fuel 0111 ········ ··· ·· ····· ·· ·· 19.72 19.21 19.68 19.96 17.74 18.26 19.03 18.43 19.59 21 .01 
Residua! Fuel 011 ... .•. • . . •.. ..• . . •....• 7.89 10.22 10.53 10.81 8.30 8.69 9.04 9.55 10.39 11 .21 
Natura! Gas' ... .. .. .... ........... ... . 14.28 13.37 13.60 13.83 11 .79 12.15 12.32 12.27 12.83 13.45 
Electricity ... ....... .. • .. .. ... . . .. ..• .. 29.73 30.39 30.95 31.46 27.97 29.05 29.40 28.89 29.65 30.46 

Electric Power" 
DlsUIIate Fuel 011 .. . • • •.. •..... ..• • .. • . . 13.35 13.16 13.62 13.91 10.37 10.69 11.16 11 .66 12.71 13.54 
Residual Fuel 011 • .•. • . • ... . ••••• . • .... • 8.17 9.18 9.45 9.70 7.14 7.50 7.83 8.25 9.04 9.90 
Natural Gas .. .. .. •. .. . . ..... . . ... ..•.. 6.87 6.76 6.96 7.17 5.73 5.95 5.93 6.64 6.93 7.27 
Steam Coal ........................... 1.69 1.83 1.84 1.84 1.69 1.72 1.76 1.72 1.78 1.85 

Average Price to All Users•• 
Uquefled Petroleum Gases ... .... . . . ..... 20.35 19.13 19.27 19.44 18.53 18.59 18.42 19.77 19.82 20.01 
E854 

•• ••••••••••••••••• •• ••••• • • •••• • 24.81 22.26 23.58 23.84 18.66 18.15 19.83 18.85 19.62 21.43 
Motor Gasoline• ... ....... . . . ....... . ... 21.06 20.79 21.23 21.47 18.98 19.64 19.96 19.29 20.37 21.57 
Jet Fuel ... .... ............ . ........ . . 14.83 15.33 15.77 16.03 13.02 13.27 13.54 14.37 15.37 16.36 
Distillate Fuel 011 . .. •.• • . • .. ..••. . . . . .•. 18.56 18.00 18.48 18.77 16.69 17.20 17.92 17.55 18.74 20.15 
Residua! Fuel 011 ... .•.. ... • • . •.•. ..• •• • 8.21 10.01 10.31 10.57 7.93 8.29 8.62 9.06 9.87 10.71 
Natural Gas .... . ......... . ........ ... . 9.22 8.55 8.72 8.89 7.80 7.98 7.99 9.03 9.36 9.73 
Metallurgical Coal ······· ··· ·········· ·· 3.54 4.06 4.07 4.09 3.38 3.42 3.45 3.54 3.60 3.67 
Other Coal .. ....... . . . . . .... .. . . ...... 1.73 1.87 1.88 1.88 1.72 1.75 1.79 1.74 1.81 1.87 
Coal to Uqulds . . . .. ... ... .............. 0.94 1.09 1.27 1.20 1.30 1.39 
Electricity . . ........ . .. .... .. . .... .. . . . 26.10 26.54 26.90 27.25 24.37 25.23 25.61 25.21 25.93 26.71 
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Economic Growth Case Comparisons 

Table 83. Energy Prices by Sector and Source (Continued} 
(2006 Dollars per Million Btu, Unless Otherwise Noted) 

Projections 

2010 2020 
Sector and Source 2006 Law High Low High Low 

Economic Reference Economic Economic Reference Economic Economic 
Growth Growth Growth Growth Growth 

Non-Renewable Energy Expenditures by 
Sector (billion 2006 dollars) 

Residential ...... . ..... . ..... . ... .... . . 225.38 237.66 241.71 245.66 230.03 243.22 253.57 250.85 
Commercial . . .. . .. . ... . .. .. ... . .. .•.. . 166.54 170.25 174.38 177.99 176.99 189.37 198.43 206.78 
Industrial ... .. . . .... . .. . . .. . . . . . .. . . . . 205.11 214.18 224.65 235.03 170.98 193.16 213.17 161 .83 
Transportation . ... .. . ...... ............ 542.63 542.10 560.74 574.98 488.82 530.80 570.19 502.22 

Total Non-Renewable Expenditures ... . . . . 1139.66 1164.20 1201.48 1233.66 1066.82 1156.54 1235.36 1121.67 
Transportation Renewable Expenditures .... 0.03 0.07 0.06 0.07 19.95 17.64 18.92 28.91 
Total Expenditures • ••••••••• • ••••• • •• 1139.70 1164.27 1201.54 1233.72 1086.77 1174.18 1254.28 1150.58 

'Includes anergy lor combined heat and power plants, except those whose primary business Is to sell electricity, or electricity and heal, to the public. 
'Excludes usa lor lease and plant fuel. 

2030 

High 
Reference Economic 

Growth 

274.70 299.44 
227.37 249.73 
203.93 249.45 
587.86 684.41 

1293.86 1483.04 
26.35 26.92 

1320.22 1509.95 

'Includes Federal and State taxes while excluding county and local taxes. 
•e85 refers-to-a blend-ol 85-pement- elhanol (renewable) .and 15 pereent-mo!Of-gasollne-(nonnmewable~o-address1:01d-startlng·lssues, t-he pareentage-ol-ethanol vanes-

seasonally. The annual average ethanol content ol 74 percent Is used lor this forecast 
'Sales welghled·avaraga prtca lor an grades. Includes Federal, State and local taxes. 
'Kerosene-type jet fuel. Includes Federal and State taxes whOa excluding county and local taxes. 
'Diesel fuel lor on-road usa. Includes Federal and State taxes whOa excluding county and local taxes. 
'Compressed natural gas used as a vehicle fuel. Includes estimated motor vehicle fuel taxes and estimated dispensing costs or charges. 
'Includes aleclriclty-only and combined heal and power plants whose prtmary business Is to sell electricity, or electricity and heal, to the pubDc. 
'"Weighted averages of end-use fuel prices are derived from t-he prtcas shown In each sector and the corresponding sact-oraJ consumption. 
Btu • British thennal unit 
- - • Not applicable. 
Note: Data lor 2006 ara model results and may diller sDghUy from official EIA deta reports. 
Sourcea: 2006 prices lor motor gasoline, distillate fuel oil, and jet fuel are basad on prtces In the Energy lnlonnaUon Administration (EIA), Petroleum Merlcaling Annual 

2006, DOEIEIA-D487(2006) (Washington, DC, August2007). 2006 resldentlal and commercial natural gas delivered prices: EIA, Natural Gas Monthly, DOEIEIA-
0130(2007104) (Washington, DC, April2007). 2006lndustrial natural gas delivered prices are estimated based on: EIA, Manufacturing Ensrgy Consumption Survey 1994 and 
indust-rial and wellhead prices from the Natural Gas Annual 2005, DOE/EIA-D131 (2005) (Washlngton, DC, November 2006) and the Natura/ Gas MonlhJy, DOE/EIA-
0130(2007/04) (Washington, DC, Aprll2007). 2006 transportation sector natural gas delivered pricas are modal results. 2006 electric power sector natural gas pricas: EIA, 
E/eclrlc Pa-r Monthly, DOEIEIA-D226, May 2006 through Apnl2007. 2006 coat prices basad on: EIA, Quarterly Coal Report, October-December 2006, DOE/EIA-
0121 (2006/40) (Washington, DC, March 2007) and EIA, AE02008 National Energy ModeUng System run AE02006.D03020BF. 2006 electricity prtcas: EIA, Annual Energy 
Review 2006, DOEIEIA-D364(2006) (Washington, DC, June 2007). 2006 E85 prices derived from monthly prices In the Clean Ctuas AllemaUve Fuel Prtca Report 
ProJections: EIA, AE0200B National Energy Modeling System runs LM200B.D03160BA, AE0200B.D030206F, and HM200B.D031608A. 
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Economic Growth Case Comparisons 

Table 84. Macroeconomic Indicators 0 
(Billion 2000 Chain-Weighted Dollars, Unless Otherwise Noted) 

Projections 

2010 2020 2030 
Indicators 2006 

Low :II til High Low :II •II High Low :II •II High Economic R~ferance Economic Economic Reference Economic Economic Reference Economic 
Growth Growth Growth Growth Growth Growth 

Real Gross Domestic Product ••••••••••••• 11319 12110 12453 12797 14743 15984 17239 17429 20219 23002 
Components of Real Gross Domestic Product 

Real Consumption .••. .•. •.•. •• .•••. . •• • 8044 8670 8845 9021 10568 11362 12169 12323 13999 15679 
Real Investment • . . ..• ••.• • .•• ...• .. . •• • 1920 1763 1939 2114 2314 2614 2914 3000 3743 4477 
Real Government Spending ··· ··········· 1981 2055 2087 2118 2118 2258 2398 2167 2471 2772 
Real Exports .. . ..... ........ ........... 1304 1784 1797 1809 3059 3387 3720 5218 6191 7170 
Real imports ····· ··· ·· ·· ·· ·· ··· ·· ···· · 1929 2143 2190 2246 3326 3474 3589 5386 5723 6008 

Energy Intensity 
(thousand Btu per 2000 dollar of GOP) 

Dallvered Energy •... . •.•. • . .. . .• .. . . • . . 6.39 6.12 6.03 5.94 5.15 5.00 4.87 4.41 4.16 4.01 
Total Energy ······· ······· ·· ··· ······ · 8.79 8.44 8.30 8.16 7.16 6.91 6.71 6.17 5.80 5.55 

Price Indices 
GOP Chain-Type Price Index (20<l0=:1 .000) 1.166 1.274 1.260 1.245 1.642 1.520 1.400 2.122 1.871 1.630 
Consumer Price Index (1982-4=1) 

All-Urban . • •.... • ....•.•.. ..• . . ..•. .. 2.02 2.22 2.20 2.17 2.86 2.64 2.43 3.72 3.29 2.88 
Energy Commodities and Services .•.• • .• . 1.97 2.14 2.15 2.15 2.54 2.43 2.29 3.40 3.14 2.88 

Wholesale Price Index (1982=1.00) 
All Commodities •.....•...•. • .•••••. • . 1.65 1.82 1.80 1.77 2.15 1.96 1.78 2.64 2.26 1.91 
Fuel and Power • .•...• . .... •. .•.• .•• . 1.67 1.86 1.88 1.89 2.14 2.04 1.92 2.98 2.75 2.51 

Interest Rates (percent, nominal) 
Federal Funds Rate • .. . ..•••. .••• ••.• .• • 4.96 4.96 4.69 4.40 5.42 4.92 4.45 5.46 4.91 4.37 
1 o-Year Treasury Note . .. .. . •. .. ...•. ..• 4.79 5.56 5.24 4.89 5.99 5.44 4.90 6.08 5.46 4.89 

0 AA Utility Bond Rate • .•. . • .... ..• .•.•. • . 5.84 6.84 6.65 6.44 7.52 6.98 6.45 7.76 7.13 6.54 

Value of Shipments (billion 2000 dollars) 
Total industrial ....• • ....•....... .• •. •. . 5821 5788 5997 6202 6447 7113 7768 6533 7997 9450 

Non-manufacturing ... . .•... .•. .•..•. . . 1531 1324 1419 1515 1427 1619 1814 1440 1715 1988 
Manufacturing . .• • . ... ..• • . ...•• .. •.•• 4290 4464 4577 4687 5020 5493 5953 5092 6283 7462 

Energy-Intensive ... ... . ..•• . ..•. . • . . 1225 1257 1283 1309 1287 1387 1487 1251 1447 1643 
Non-Energy Intensive .•... . ...... .. .. 3065 3207 3295 3378 3733 4107 4466 3842 4836 5819 

Population and Employment (millions) 
Population with Armed Forces Overseas 300.1 309.5 310.9 312.6 325.4 337.7 351 .3 336.7 365.6 396.3 
Population (aged 16 and over) ............ 235.0 243.5 244.9 246.7 257.6 266.0 275.2 270.4 289.3 309.4 
Populatlon, over age 65 . •. •.. .... ... ..... 37.3 40.3 40.4 40.6 54.0 54.9 55.8 69.3 71.6 74.1 
Employment, Nonfarm . . . . ..... . .... ... .. 136.1 137.3 142.4 147.6 143.5 154.5 165.7 152.9 168.1 183.2 
Employment, Manufacturing .. .... ..... .. . 14.2 14.0 14.2 14.3 13.3 13.8 14.2 10.1 11 .2 12.0 

Key Labor Indicators 
Labor Force (millions) ··· ····· ···· ·· ···· · 151.4 155.1 156.8 158.3 160.3 165.6 171 .6 168.5 177.9 187.6 
Non-farm Labor Productivity (1992=1.00) • •.. 1.35 1.44 1.45 1.47 1.68 1.77 1.87 1.92 2.14 2.37 
Unemployment Rate (percent) ..... ... .... 4.63 5.12 5.03 4.93 4.80 4.62 4.41 4.99 4.80 4.68 

Key Indicators for Energy Demand 
Real Disposable Personal Income ...... ... 8397 9284 9472 9661 11888 12654 13436 14627 16246 17874 
Housing Starts (millions) . •.. . . ..... • .• . •. 1.93 1.42 1.68 1.93 1.39 1.78 2.17 1.15 1.70 2.24 
Commercial Aoorspace (billion square feet) . . 74.8 78.0 78.8 79.4 85.6 89.3 92.6 93.8 100.8 108.0 
Unit Sales of Ught-Duty Vehicles (millions) .•. 16.50 16.05 16.38 17.09 16.36 17.47 18.88 17.16 19.39 21 .86 

GOP = Gross domestic producL 
Btu = British thermal unit. 
Sources: 2006: Global Insight, Global insight Industry and Employment models, July 2007. Projections: Energy Information Administration, 

AE02008 National Energy Modeling System runs LM2008.0031608A, AE02008.D030208F, and HM2008.D031608A. 
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AppendixC 

Price Case Comparisons 
Table C1. Total Energy Supply and Disposition Summary 

(Quadrillion Btu per Year, Unless Otherwise Noted) 
Projections 

Supply, Disposition, and Prices 2006 2010 2020 2030 

Low I Reference I High Low I Reference j High Low I Reference I High 
Price Price Price Price Price Price 

ProducUon 
Crude Oil and Lease Condensate •.•.••.... 10.80 12.85 12.76 12.64 13.67 13.40 13.57 11.15 12.04 13.71 
Natural Gas Plant Liquids ···· ·········· ·· 2.36 2.27 2.27 2.26 2.32 2.31 2.28 2.09 2.11 2.11 
Dry Natural Gas •. . . . . •.•.•.•.....••..•• 19.04 19.83 19.85 19.81 20.14 20.24 20.26 19.98 20.00 20.36 
Coal' ........ ... .. ... .... ............ 23.79 23.97 23.97 23.97 23.33 25.20 26.13 25.88 28.63 32.46 
Nuclear Power . .• ... . •.. • ••.•.. . .•.••.• 8.21 8.31 8.31 8.31 8.90 9.05 9.26 8.72 9.57 10.66 
Hydropower ... • .•.... • • . .. • •.•.......• 2.89 2.92 2.92 2.92 3.00 3.00 3.01 3.01 3.00 3.01 
Biomass• •••.•.•• . . . . •• . ...•• • .•..•... 2.94 4.08 4.05 4.02 6.48 6.42 6.48 8.28 8.12 7.88 
Other Renewable Energy" ..••......•..•.. 0.88 1.39 1.51 1.51 1.77 2.00 2.10 2.11 2.45 2.45 
Other" · ·· ········ ·········· ·········· 0.50 0.53 0.54 0.55 0.60 0.58 0.57 0.65 0.64 0.63 

Total ••••••••••••••• . ••••••••••••••• 71.41 76.16 76.17 75.99 80.21 82.21 83.66 81.87 86.56 93.27 

Imports 
Crude Oil . • . . ... • . . .. . . .. ••.. .. . . .• . . • 22.08 21.40 21.14 20.42 22.41 21.58 19.62 26.43 24.41 18.93 
Uquid Fuels and Other Petroleum• •..•.•... 7.21 5.48 5.61 6.27 6.72 5.43 4.94 7.46 5.44 4.71 
Natural Gas . . • . • . ... •• . •••...•....••.. 4.29 5.00 4.80 4.63 6.40 4.68 3.52 6.98 4.64 3.17 
Other Imports' •. . . . •. ..••.•.... • ....... 0.98 0.95 0.95 0.96 1.89 1.93 2.00 2.60 2.74 2.92 

Total ••••••••••••••••••••••••••••••• 34.57 32.83 32.49 32.27 37.43 33.62 30.08 43.47 37.22 29.73 

Exports 
Petroleum' • .. .... ······· ············ 2.60 2.87 2.82 2.88 3.03 2.98 3.08 3.07 3.33 3.25 
Natural Gas •. . . ..•.. . ••.........•..... 0.73 0.85 0.84 0.84 1.12 1.02 0.91 1.60 1.36 1.08 
Coal • • •.• .. . .. ·· ····· ·············· 1.26 1.79 1.79 1.79 0.87 0.87 0.82 0.91 0.88 0.88 

0 Total : •• . ••••• . . •• .. •••••••••••••••• 4.59 5.50 5.45 5.51 5.02 4.87 4.82 5.58 5.56 5.21 

Discrepancy" .... .. .. . .................. 1.87 -0.08 .0.13 -o.10 0.22 0.12 0.14 0.37 0.21 0.25 

Consumption 
Liquid Fuels and Other Petroleum• • . ..••. .. 40.06 40.61 40.46 40.19 44.30 42.24 40.20 46.89 43.99 41.48 
Natural Gas . .. . . ... . •. • ...•. . ....... . . 22.30 24.11 23.93 23.72 25.55 24.01 22.71 25.47 23.39 22.24 
Coal'" .. . •.•. . ....• • ..•.. •. .. . ....•... 22.50 23.03 23.03 23.03 24.18 25.87 26.81 27.38 29.90 32.11 
Nuclear Power ... . . . ...•..... .. . ....... 8.21 8.31 8.31 8.31 8.90 9.05 9.26 8.72 9.57 10.66 
Hydropower .... • . . • .• . . . . •.......•.... 2.89 2.92 2.92 2.92 3.00 3.00 3.01 3.01 3.00 3.01 
Biomass" ....... ···· ··· ·············· 2.50 3.02 3.01 2.99 4.53 4.50 4.49 5.63 5.51 5.36 
Other Renewable Energy" .....•••.•.••.•. 0.88 1.39 1.51 1.51 1.77 2.00 2.10 2.11 2.45 2.45 
Other'" •.•.•. .. .. . ..•.. •. ..... . ••.•.•• 0.19 0.18 0.18 0.19 0.17 0.17 0.19 0.18 0.20 0.22 

Total . . • . •••••••••• . • ••••• • ••••••••• 99.52 103.57 103.34 102.87 112.39 110.85 108.78 119.39 118.01 117.54 

0 
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Price Case Comparisons 

Table C1. Total Energy Supply and Disposition Summary (Continued) 
(Quadrillion Btu per Year, Unless Otherwise Noted) 

Projections 

Supply, Disposition, and Prices 2006 2010 2020 2030 

Low I Reference I High Low I Reference I High Low I Reference I High 
Price Price Price Price Price Price 

Prices (2006 dollars per unit) 
Petroleum (dollars per barrel) 

Imported Low Sulfur Ught Crude Oil Price .. 66.02 71.45 74.03 79.02 39.07 59.70 102.07 42.35 70.45 118.65 
Imported Crude Oil Price" . . •........••. 59.05 62.64 65.18 69.19 33.46 51.55 88.31 34.61 58.66 96.42 

Natural Gas (dollars per million Btu) 
Price at Henry Hub ...•••.•.... . .•. . ••. 6.73 6.61 6.90 7.28 5.01 5.95 7.08 6.00 7.22 8.43 
Wellhead Prtce•• •..• ... .• .•......... .. 6.24 5.89 6.16 6.50 4.43 5.29 6.32 5.33 6.45 7.55 

Natural Gas (dollars per thousand cubic feet) 
Wellhead Prlce14 

••••••••••••• •• ••••••• 6.42 6.06 6.33 6.69 4.56 5.44 6.50 5.49 6.63 7.77 
Coal (dollars per ton) 

Mlnemoulh Price•• •••..••.•••..••.•..• 24.63 25.88 26.16 26.17 21.68 22.51 23.62 22.06 23.32 24.79 
Coal (dollars per million Btu) 

Mlnemoulh Price11 ···················· 1.21 1.27 1.28 1.28 1.09 1.14 1.20 1.12 1.19 1.28 
Average Delivered Price11 

• • • ••••• • ••• • • • 1.78 1.92 1.93 1.94 1.69 1.77 1.86 1.72 1.82 1.92 
Average Electricity Price 
(cents per kllowatlhour) .•... . . ...•.... • .• 8.9 9.1 9.2 9.3 8.3 8.6 8.9 8.5 8.8 9.1 

'Includes waste coal. 
11ncludes grld-comected electricity from wood and waste; biomass, such as com, used for Dquld fuels production; and non-electric energy demand from wood. Refer to 

Table A17 for details. 
11ncludes grid-connected electricity from landmt gas; biogenic municipal waste; wfnd; photovoltalc and solar thermal sources; and non-electrtc energy from renewable 

sources, such as active and passtve solar systems. Exctudes electricity Imports using renewable &OUrces and nonrnarketed renewable energy. See Table A 17 for selected 
nonmarketed residential and commerclal renewable energy. 

'Includes non-biogenic municipal waste, Dquld hydrogen, methanol, and some domestic Inputs to refineries. 
'Includes Imports of finished petroleum products, unfinished oils, alcohols, ethers, blending components, end renewable fuels such as ethanol. 
'Includes coal, coal coke (net), and electricity (net). 
'Includes crude on and petroleum products. 
'Balancing Item. Includes unaccounted for supply, losses, gains, and net storage withdrawals. 
'Includes petroleurTH!ertved fuels and no~troleum derived fuels, such as ethanol and blodlesel. Petroleum coke, which is a solid, Is Included. Also included are natural 

gas plant liquids, crude oil consumed as a fuel, and Dquld hydrogen. Reier to Table A 17 for delaDed renewable Hquld fuels consumption. 
"Excludes coal converted to coal-based synthetic Rqufds. 
"Includes grid-connected electricity from wood and wood waste, norHtlectrlc energy from wood, and blofuels heat end coproduct& used in the production of Rquld fuels, but 

excludes the energy content of the Hquld fuels. 
111ncludes non-biogenic municipal waste and net electricity Imports. 
11Welghled average price delivered to U.S. refiners. 
"Reprasents lower 48 onshora and offshora suppRes • 
.. Includes reported prices for both open marllet and captive mines. 
"Prices weighted by consumption; weighted average excludes rasldenUal and commercial prices, and export tree-alongside-ship (f.a.s.) prices. 
Btu • British lhannal uniL 
- - = Not appRcable. 
Note: Totals may not equal sum of components due to Independent rounding. Data for 2006 are model results end may differ sUghUy from official EIA data reports. 
Sources: 2006 natural gas supply values and natural gas wellhead price: EIA. Natural Gas Monthly, DOE/EIA.Q130(2007/04) (Washington, DC, April2007). 2008 coal 

mlnemoulh end deRvered coal prices: EIA, AnnuiJl CoBl Report 2006, DOE/E1Ml5B4(200B) (Washington, DC, November 2007). 2008 petroleum supply values: EIA. 
Petroleum Supply Annusl2006, DOE/EIA-o340(2008)/1 (Washington, DC, September 2007). 2006 low sulfur light crude oil price: EIA, Form EIA~SB. "Monthly Foreign Crude 
011 AcqulsiUon Report• Other 2006 coal values: Ouarfllr/y Coal Report, October-December 2006, DOE/EIA.Q121 (2008140) (Washington, DC, March 2007). Other 2006 
values: EIA, AMua/ Energy Review 2006, DOE/EIA.Q3B4(200B) (Washington, DC, June 2007). ProJecUons: EIA, AE02008 NaUonal Energy ModeRng System runs 
LP200B.D031608A, AE02008.003020BF, and HP200B.D031B08A. 
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Price Case Comparisons 

Table C2. Energy Consumption by Sector and Source 
(Quadrillion Btu per Year, Unless Otherwise Noted) 

Projections 

Sector and Source 2006 2010 2020 2030 

Low I Reference I High Low I Reference I High Low I Reference I High 
Price Price Price Price Price Price 

Energy ConsumpUon 

ResldenUel 
Uquefled Petroleum Gases .. . ... .• . . . .. . 0.47 0.48 0.48 0.48 0.52 0.52 0.51 0.56 0.55 0.55 
Kerosene . .... • . • . • .. •. . •• •.•. ..... . . 0.07 0.08 0.08 0.08 0.09 0.08 0.08 0.09 0.08 0.07 
Distillate Fuel Oil •.. . ...•. •. .• . •. • . .... 0.70 0.76 0.75 0.75 0.78 0.73 0.65 0.72 0.65 0.56 

Uquld Fuels and Other Petroleum Subtotal 1.25 1.32 1.31 1.31 1.40 1.33 1.24 1.37 1.29 1.18 
Natural Gas .•• • •.. .• • ..... . . . .. •. . . .• 4.50 4.97 4.95 4.93 5.41 5.30 5.20 5.44 5.32 5.23 
Coal . . •...••.• . ..• • ••. . .. . . . .. . . .• .. 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01 
Renewable Energy' .. . . •. . . . • .... . • . . . . 0.41 0.44 0.44 0.44 0.39 0.40 0.42 0.36 0.38 0.40 
Electricity ••.•.••...••.......... • . . .• . 4.61 4.95 4.95 4.94 5.29 5.25 5.22 5.90 5.88 5.85 

Delivered Energy ••••• •• ••••••••• •• • • 10.77 11.69 11.66 11.63 12.49 12.30 12.09 13.08 12.88 12.66 
Electricity Related Losses . . .. . . . ... . . .. . 10.04 10.58 10.59 10.58 10.98 11.08 11 .12 11.91 12.14 12.10 
Total ··························· ·· · 20.82 22.27 22.25 22.21 23.47 23.39 23.21 24.99 25.01 24.76 - - -- -- -------- - -- - -

Commercial 
Liquefied Petroleum Gases . ... . .. .. • • • .. 0.08 0.09 0.09 0.09 0.09 0.09 0.09 0.09 0.09 0.09 
Motor Gasoline• •.. .. • •.. • . . . .. •.. . . . • . 0.05 0.05 0.05 0.05 0.05 0.05 0.05 0.05 0.05 0.05 
Kerosene • . .. . .. • . ... . . . .. . . .....• •. . 0.02 0.02 0.02 0.02 0.02 0.02 0.02 0.02 0.02 0.02 
Distillate Fuel Oil . ..... . ... .. . . ... . . . .. 0.42 0.38 0.38 0.38 0.45 0.41 0.37 0.49 0.41 0.38 
Residual Fuel Oil ••.•. . . .•..... •. .. . . •. 0.11 0.10 0.10 0.09 0.11 0.10 0.10 0.11 0.10 0.10 

Uquld Fuels and Other Petroleum Subtotal 0.68 0.64 0.63 0.63 0.73 0.68 0.63 0.76 0.68 0.64 
Natural Gas . •.•.... .• . . . . . .... .... • .• 2.92 3.06 3.04 3.03 3.56 3.47 3.37 3.87 3.78 3.67 
Coal .. :: . ..•.•...•.•. • . • . . •.... . . •.• 0.08 0.08 0.08 0.08 0.08 0.08 0.08 0.08 0.08 0.08 
Renewable Energy" ..•.•. • . • • • •.•. . •••. 0.13 0.13 0.13 0.13 0.13 0.13 0.13 0.13 0.13 0.13 

0 Electricity . .. • .•....•• .. . • .. . .. . . • ... . 4.43 4.74 4.73 4.72 5.72 5.67 5.62 6.68 6.62 6.57 
Delivered Energy •••••••••••••••••••• 8.25 8.64 8.62 8.59 10.22 10.03 9.83 11.52 11.30 11.09 

Electricity Related Losses ... . .• .. ..•.... 9.66 10.12 10.12 10.12 11.87 11 .96 11.99 13.47 13.68 13.59 
Total ·················· ··· ········· 17.91 18.76 18.74 18.70 22.08 21.98 21.82 24.99 24.98 24.68 

Industrial• 
Uquefled Petroleum Gases .• . . . . . . ... . . . 2.09 2.13 2.12 2.12 1.87 1.83 1.78 1.75 1.71 1.71 
Motor Gasoline• ..• . ...... .. .. . .•.... •. 0.38 0.38 0.38 0.37 0.37 0.37 0.37 0.38 0.38 0.37 
Distillate Fuel 011 .... .. •.. .•.•....• . . . • 1.28 1.29 1.29 1.28 1.26 1.23 1.22 1.29 1.23 1.23 
Residual Fuel 011 •• . .. . • . . .... . .. ... . . • 0.28 0.28 0.28 0.28 0.30 0.23 0.19 0.37 0.23 0.19 
Petrochemical Feedstocks ·· ···· ········ 1.41 1.37 1.36 1.36 1.41 1.39 1.36 1.30 1.29 1.30 
Other Petroleum• ....••.... • ... . .. . . • . . 4.48 4.31 4.25 4.14 4.67 4.22 3.73 4.93 4.41 3.62 

Uquld Fuels and Other Petroleum Subtotal 9.92 9.76 9.67 9.57 9.89 9.27 8.65 10.02 9.25 8.42 
Natural Gas . . .•...•.. . .. . . . .• .. . .. . .. 6.68 7.15 7.16 7.12 7.00 7.14 7.21 6.73 7.08 7.21 
Naturai·Gas-to-Uqulds Heat and Power . . . . 0.00 0.00 0.00 0.00 0.00 0.00 0.20 0.00 0.00 0.20 
Lease and Plant Fuel1 

••• • . . .. • .• • • • •• • • 1.17 1.21 1.21 1.21 1.25 1.25 1.26 1.27 1.27 1.30 
Natural Gas Subtotal . . .. .. . .. • •. . •... . 7.85 8.36 8.37 8.33 8.25 8.39 8.68 8.00 8.35 8.71 

Metallurgical Coal .... .. .. ...... ... .. .. 0.60 0.60 0.60 0.59 0.56 0.54 0.51 0.50 0.48 0.47 
Other Industrial Coal .• . • .. . . . . • .. .. . .. . 1.26 1.31 1.31 1.30 1.19 1.20 1.19 1.16 1.18 1.18 
Coal-to-Uquids Heat and Power . •.. . . . . .• 0.00 0.00 0.00 0.00 0.09 0.34 0.45 0.09 0.55 2.69 
Net Coal Coke Imports ... ... ... ....... . 0.06 0.03 0.03 0.03 0.03 0.04 0.04 0.04 0.04 0.04 

Coal Subtotal ... . . . . . •... .•. ..•. . . .•. 1.92 1.94 1.93 1.92 1.87 2.11 2.19 1.80 2.26 4.39 
Blofuels Heat and Coproducts .... . .. . .. . • 0.30 0.68 0.67 0.66 1.51 1.49 1.49 2.41 2.31 2.09 
Renewable Energy' .•. . . . . . . . .. .... .. .. 1.69 1.67 1.66 1.66 1.86 1.83 1.80 2.04 2.02 2.00 
Electricity . . . . . •..• ..• .. .• . . • .•. . . . .. . 3.42 3.52 3.50 3.48 3.65 3.59 3.52 3.51 3.52 3.58 

Delivered Energy •••••••••••••••••••• 25.10 25.93 25.82 25.62 27.04 26.70 26.32 27.77 27.70 29.19 
Electricity Related Losses •...... . •...... 7.45 7.52 7.50 7.45 7.57 7.57 7.51 7.07 7.28 7.40 
Total ······················· ·· ··· ·· 32.55 33.45 33.32 33.07 34.61 34.27 33.83 34.84 34.98 36.59 

0 
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Price Case Comparisons 

Table C2. Energy Consumption by Sector and Source (Continued) 0 
(Quadrillion Btu per Year, Unless Otherwise Noted) 

Projections 

Sector and Source 2006 2010 2020 2030 

Low I Reference_! 
High Low I Reference! 

High Low I Reference! 
High 

Price Price Price Price Price Price 

Transportation 
Uquefled Petroleum Gases .... . • .. . . .. .. 0.02 0.02 0.02 0.02 0.01 0.01 0.02 0.01 0.01 0.02 
E851 

•••••••••• •• • • • • ••••. • •• ••• • • .•• 0.00 0.00 0.00 0.00 0.95 0.97 0.91 1.17 1.34 1.65 
Motor Gasoline• .... . . . . ..... . . .. . . .. . . 17.20 17.28 17.25 17.14 17.46 16.56 15.36 17.54 15.97 13.83 
Jet Fuel' •• . . ......... .. . . .. . . . . . . . ... 3.16 3.45 3.44 3.43 4.16 4.15 4.14 4.79 4.79 4.79 
Distillate Fuel 01110 

••• •••••••• •• •• • • • • •• 6.18 6.56 6.54 6.52 7.75 7.63 7.64 9.09 8.98 9.29 
Residual Fuel Oil ...... . . .... . .. . . ... . . 0.83 0.85 0.85 0.85 0.86 0.86 0.86 0.87 0.87 0.87 
Uquld Hydrogen ····· ···· ···· ········· 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 
Other Petroleum 11 .. ............. .. .... 0.18 0.17 0.17 0.17 0.18 0.18 0.18 0.18 0.18 0.18 

Uquld Fuels and Other Petroleum Subtotal 27.57 28.34 28.29 28.14 31.36 30.37 29.11 33.65 32.15 30.62 
Pipeline Fuel Natural Gas ...... . . . . . . . . . 0.59 0.64 0.64 0.64 0.71 0.69 0.66 0.76 0.72 0.70 
Compressed Natural Gas ····· ··· ··· ··· · 0.02 0.04 0.04 0.04 O.Q7 0.07 0.07 0.08 0.08 0.09 
Electricity . . . . . . . . . . . . . . . . . . . . . . ...... 0.02 0.02 0.02 0.02 0.03 0.03 0.03 0.03 0.03 0.03 
Delivered Energy ••••••••••••••• • •••• 28.20 29.04 28.98 28.84 32.17 31.15 29.87 34.51 32.98 31.44 

Electricity Related Losses .......... . .... 0.05 0.05 0.05 0.05 0.06 0.06 0.06 0.06 0.06 0.06 
Total ························· ····· 28.25 29.09 29.03 28.89 32.23 31.21 29.92 34.57 33.04 31.50 

Delivered Energy Consumption for All 
Sectors 

Uquefled Petroleum Gases .. ........ . ... 2.65 2.72 2.70 2.71 2.50 2.45 2.40 2.41 2.37 2.37 
E851 ••••••• •• •. ••• •• . • • • ••.•.• . . • • • • 0.00 0.00 0.00 0.00 0.95 0.97 0.91 1.17 1.34 1.65 
Motor. Gasoline• . .• . . . . .. . . . . . . ..•. . . . . 17.62 17.71 17.68 17.56 17.88 16.99 15.78 17.97 16.40 14.25 
Jet Fuel' •...... ... .......... . . ... .... 3.16 3.45 3.44 3.43 4.16 4.15 4.14 4.79 4.79 4.79 
Kerosene ...... . ... . ......•... . ... ... 0.11 0.12 0.12 0.12 0.13 0.13 0.12 0.13 0.13 0.11 
Distillate Fuel 011 . •• •... . ••. . ••. •.•. ..• 8.59 8.99 8.97 8.93 10.25 10.00 9.89 11 .59 11.28 11.46 
Residual Fuel 011 .•.....•..•. • . •.. •. .. . 1.23 1.23 1.23 1.23 1.27 1.19 1.15 1.35 1.20 1.16 

0 Petrochemical Feedstocks ... .. ... ...... 1.41 1.37 1.36 1.36 1.41 1.39 1.36 1.30 1.29 1.30 
Uquld Hydrogen ... .. ...... ... .. .. ... . 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 
Other Petroleum12 • •• •• . ••••• • • • . • • ••• • 4.64 4.47 4.40 4.29 4.83 4.38 3.88 5.09 4.56 3.n 

Uquid Fuels and Other Petroleum Subtotal 39.41 40.06 39.90 39.64 43.38 41 .65 39.63 45.80 43.37 40.87 
Natural Gas . . .. . . .. ............ .. . . . . 14.12 15.21 15.19 15.11 16.04 15.98 15.85 16.11 16.27 16.19 
Naturai·Gas-to-Uqulds Heat and Power . . .. 0.00 0.00 0.00 0.00 0.00 0.00 0.20 0.00 0.00 0.20 
Lease and Plant Fuel1 •• •••• • • ••••••••• • 1.17 1.21 1.21 1.21 1.25 1.25 1.26 1.27 1.27 1.30 
Pipeline Natural Gas .... . .. . . ... .. . . . .. 0.59 0.64 0.64 0.64 0.71 0.69 0.66 0.76 0.72 0.70 

Natural Gas Subtotal .... . .. . . . ... .. . .. 15.88 17.06 17.04 16.96 18.00 17.93 17.97 18.14 18.26 18.39 
Metallurgical Coal ·· ···· ····· ·· ··· ·· ··· 0.60 0.60 0.60 0.59 0.56 0.54 0.51 0.50 0.48 0.47 
Other Coal ....... . ........... . . . . .... 1.35 1.40 1.40 1.40 1.28 1.29 1.28 1.25 1.27 1.27 
Coal-to-Uqulds Heat and Power .... ... ... 0.00 0.00 0.00 0.00 0.09 0.34 0.45 0.09 0.55 2.69 
Net Coal Coke Imports .... .... ..... .... 0.06 0.03 0.03 0.03 0.03 0.04 0.04 0.04 0.04 0.04 
Coal Subtotal ......... . . . . ... . . . . . .. . 2.02 2.03 2.03 2.02 1.96 2.21 2.28 1.89 2.35 4.48 

Blofuels Heat and Coproducts ... .... . .. . . 0.30 0.68 0.67 0.66 1.51 1.49 1.49 2.41 2.31 2.09 
Renewable Energy'" .... .. .. .. ... .. ... . 2.23 2.24 2.23 2.23 2.38 2.37 2.35 2.53 2.52 2.53 
Electricity .......•........ . . . ... .. . . .. 12.49 13.23 13.20 13.16 14.68 14.54 14.38 16.12 16.05 16.03 

Delivered Energy ••••••.•• . ••••• • •••• 72.32 75.30 75.08 74.67 81.92 80.18 78.10 86.88 84.86 84.38 
Electricity Related Losses ...... . . .. . .... 27.19 28.27 28.26 28.20 30.47 30.67 30.68 32.51 33.16 33.15 
Total ............................... 99.52 103.57 103.34 102.87 112.39 110.85 108.78 119.39 118.01 117.54 

Electric Power•• 
Distillate Fuel Oil . .... . . .. . . . . . . ... . ... 0.18 0.18 0.18 0.18 0.20 0.20 0.20 0.22 0.23 0.22 
Residual Fuel 011 .• .. ... •.... . . . . • ..•.. 0.46 0.38 0.38 0.38 0.72 0.39 0.37 0.87 0.40 0.39 

Uquld Fuels and Other Petroleum Subtotal 0.64 0.56 0.56 0.56 0.92 0.59 0.57 1.09 0.63 0.61 
Natural Gas ... . . .. ...... . .• . . .. . . .. . . 6.42 7.05 6.89 6.76 7.55 6.09 4.74 7.34 5.13 3.85 
Steam Coal ···· ················ ···· ·· 20.48 21 .00 21.01 21 .01 22.21 23.67 24.54 25.50 27.55 27.63 
Nuclear Power . .. . . . . . . . .. . . . . . .. ..... 8.21 8.31 8.31 8.31 8.90 9.05 9.26 8.72 9.57 10.66 
Renewable Energy' " ···· ··· ········· ··· 3.74 4.41 4.53 4.53 5.40 5.64 5.76 5.80 6.13 6.21 
Electricity Imports ... ... ..... ... ....... 0.06 0.05 0.05 0.06 0.04 0.04 O.o7 0.05 0.08 0.09 
Total" ••••••• ••• •••• • •••••••••••••• 39.68 41.50 41.46 41.36 45.16 45.21 45.06 48.63 49.21 49.18 

0 
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Price Case Comparisons 

Table C2. Energy Consumption by Sector and Source (Continued) 
(Quadrillion Btu per Year, Unless Otherwise Noted) 

Projections 

Sector and Source 2006 2010 2020 2030 

Low I Ralaranca I High Low I Relarancal 
High Low I Reference I High 

Price Price Price Price Price Price 

Total Energy Consumption 
Uquefled Petroleum Gases .. .. . . . .. ..... 2.65 2.72 2.70 2.71 2.50 2.45 2.40 2.41 2.37 2.37 
E851 

• ••• •• . •••••• . • •• • . .• •• • . • •• •• • • 0.00 0.00 0.00 0.00 0.95 0.97 0.91 1.17 1.34 1.65 
Motor Gasoline• .. ..... . .. . . ........... 17.62 17.71 17.68 17.56 17.88 16.99 15.78 17.97 16.40 14.25 
Jet Fuel" •...... •. .. . . . . . . . ........... 3.16 3.45 3.44 3.43 4.16 4.15 4.14 4.79 4.79 4.79 
Kerosene .... ... ... . . .. . . . . .. .. .... .. 0.11 0.12 0.12 0.12 0.13 0.13 0.12 0.13 0.13 0.11 
Distillate Fuel Oil .... .. ... . .. .. .. . ..... 8.77 9.17 9.15 9.11 10.45 10.20 10.09 11 .81 11.51 11.68 
Residual Fuel 011 .• . •• . . .. . . • . . . . . ....• 1.69 1.61 1.60 1.61 1.99 1.58 1.52 2.22 1.60 1.55 
Petrochemical Feedstocks .. ..... .. ..... 1.41 1.37 1.36 1.36 1.41 1.39 1.36 1.30 1.29 1.30 
Uquld Hydrogen ·· ······ · ···· ······· ·· 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 
Other Petroleum'" ...... . . . .. ... . .. .... 4.64 4.47 4.40 4.29 4.83 4.38 3.88 5.09 4.56 3.77 

Uquld Fuels end Other Petroleum Subtotal 40.06 40.61 40.46 40.19 44.30 4224 40.20 46.89 43.99 41.48 
Natural Gas .. ..... . . . . . ... . . . . .. . . . .. 20.54 22.26 22.08 21.88 23.59 22.07 20.58 23.45 21 .40 20.04 
Naturai-Gas-to-Uqulds Heat and Power . ... 0.00 0.00 0.00 0.00 0.00 0.00 0.20 0.00 0.00 0.20 
t ease and Planf'FUBI" . . . . . . . . . . . . . . . . . . -1~17 1.21 1.21 1.21 - f .25 us 1.26 1.27 - 1.27 - 1.30 
Pipeline Natural Gas . .... . . . . .. . .. ... .. 0.59 0.64 0.64 0.64 0.71 0.69 0.66 0.76 0.72 0.70 

Natural Gas Subtotal . ... ... ..... .. ... . 22.30 24.11 23.93 23.72 25.55 24.01 22.71 25.47 23.39 22.24 
Metallurgical Coal . ... ... . . . . ......... . 0.60 0.60 0.60 0.59 0.56 0.54 0.51 0.50 0.48 0.47 
Other Coal ......... . . . .... . . . ....... . 21.83 22.40 22.41 22.41 23.49 24.96 25.82 26.75 28.82 28.90 
Coal-to-Uqulds Heat and Power . ........ . 0.00 0.00 0.00 0.00 0.09 0.34 0.45 0.09 0.55 2.69 
Net Coal Coke Imports ·· ······ ... .... .. 0.06 0.03 0.03 0.03 0.03 0.04 0.04 0.04 0.04 0.04 

Coal Subtotal . . .. . .. . . . . . . . . • . . .. . . . . 22.50 23.03 23.03 23.03 24.18 25.87 26.81 27.38 29.90 32.11 
Nuclear Power .... . . . .... . .. . .... . .. . . 8.21 8.31 8.31 8.31 8.90 9.05 9.26 8.72 9.57 10.66 
Biofuels Heat and Coproducts . . .. . . .... .. 0.30 0.68 0.67 0.66 1.51 1.49 1.49 2.41 2.31 2.09 
Renewable Energy" .. . . . . . . . . . ... . ... • 5.97 6.65 6.76 6.76 7.79 8.01 8.11 8.34 8.66 8.74 
Electricity Imports .. ............ ... .... 0.06 0.05 0.05 0.06 0.04 0.04 0.07 0.05 0.08 0.09 

Total ................ .... .......... 99.52 103.57 103.34 102.87 112.39 110.85 108.78 119.39 118.01 117.54 

Energy Use and Related Statistics 
Delivered Energy Use . ... ... .. .. . . .. . . . . . 72.32 75.30 75.08 74.67 81 .92 80.18 78.10 86.88 84.86 84.38 
Total Energy Use .. . . . •... . ... . . . .... . .. 99.52 103.57 103.34 102.87 112.39 110.85 108.78 119.39 118.01 117.54 
Ethanol Consumed In Motor Gasoline and E85 0.47 1.05 1.05 1.03 1.82 1.82 1.68 1.97 2.01 2.07 
Population (millions) . ... . .. . . .. .. . ...... . 300.13 310.85 310.85 310.85 337.74 337.74 337.74 365.59 365.59 365.59 
Gross Domestic Product (billion 2000 dollars) 11319 12465 12453 12426 16030 15984 15944 20228 20219 20258 
Carbon Dioxide Emissions (million metric tons) 5890.3 6030.9 6010.6 5983.0 6450.0 6384.1 6258.9 6941 .2 6851 .0 6799.2 

'Includes wood used for residential heating. See Table A4 and/or Table A17 for estimates of nonmarl<eled renewable energy consumption for geothermal heal pumps, solar 
thermal hot water heating, and solar photovollalc electrtclty generation. 

21ncludas ethanol (blends of 10 percent or less) and ethers blended Into gasoUne. 
'Excludes ethanol. Includes commercial sector consumption of wood and wood waste, landfill gas, municipal waste, and other biomass for combined heal and power. See 

Table A5 and/or Table A 17 for estimates of nonmarl<eted renewable energy consumption for solar thermal hot water heating and solar pholovollalc electrtclly generation. 
41ncludes energy for combined heat and power plants, except those whose prtmary business Is to sell electricity, or electricity and heat, to the public. 
11ncludas petroleum coke, asphalt, road oil, lubrtcants, sWI gas, and miscellaneous petroleum products. 
'Represents natural gas used In well, field, and lease operations, and In natural gas processing plant machinery. 
71ncludas consumption of energy produced from hydroeleclric, wood and wood waste, municipal waste, and other biomass sourcas. Excludes ethanol blends (10 percent or 

less) In motor gasoline. 
'E85 refers to a blend of 85 percent ethanol (renewable) and 15 percent motor gaSOline (nonrenewable). To address cold starting Issues, the percentage of ethanol vartas 

seasonally. The annual average ethanol content of 74 percent Is used for this forecast 
'Includes only kerosene type. 
"Diesel fuel for on- and off· road use. 
11 lncludas aviation gasoQne and lubrtcants. 
121ncludes unftnlshed oils, natural gasoline, motor gasoRne blending components, aviation gasoline, lubrtcants, still gas, asphaH, road on, petroleum coke, and miscellaneous 

petroleum products. 
,.Includes eleclrtcity generated for sale to the grtd and for own use from renewable sources, and non-electric energy from renewable sources. Excludes ethanol and 

nonmarl<eled renewable energy consumption for geothermal heal pumps, buildings pholovollalc systems, and solar thermal hot water heaters. 
141ncludas consumption of energy by eleclrtclly-only and combined heat and power plants whose prtmary business Is to seU electricity, or electricity and heal, to the public. 

Includes small power producers and exempt wholesale generators. 
"Includes conventional hydroelectrtc, geothermal, wood and wood waste, biogenic municipal waste, other biomass, petroleum coke, wind, pholovollalc and solar tharmal 

sources. Excludes net eleclrtcity Imports. 
"lncludas non-biogenic municipal waste not Included above. 
"Includes conventional hydroelectrtc. geothermal, wood and wood waste, biogenic municipal waste, other biomass, wind, pholovollalc and solar thermal sources. Excludes 

ethenol, net electricity bnports, and nonmarl<eled renewable energy consumption for geothermal heel pumps, buildings pholovollaic systems, and solar thermal hot water 
haeters. 

Btu = BrtUsh thermal unil 
- - = Not applicable. 
Note: Totals may not equal sum of components due to Independent rounding. Data for 2006 are model results and ·may diller slighUy from official EIA data reports. 

Consumption valuas of 0.00 are valuas thai round to 0.00, because they are less than 0.005. 
Sources: 2006 consumption besed on: Energy Information Administration (EIA), Annual Energy Relllew 2006, DOEIEIA-o:JB4(2006) (Washington, DC, June 2007). 2006 

population and gross domestic product Global Insight, Global Insight Industry and Employment models, July 2007. 2006 carbon dioxide emissions: EIA, EmJss/ons a/ 
Greenhous& Gases In the United States 2006, DOEIEIA-o573(2006) (Washington, DC, November 2007). ProJecUona: EIA, AE02008 National Energy Modeling System runs 
LP200B.0031608A, AE02008.003020BF, and HP2008.D031808A. 
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Price Case Comparisons 

Table C3. Energy Prices by Sector and Source 0 
(2006 Dollars per Million Btu, Unless Otherwise Noted) 

Projections 

Sec:tor and Source 2006 2010 2020 2030 

~: I Refarencal 
High Low l Reference r High Low I Reference I High 
Price Price Price Price Price 

Residential 
Uquefled Petroleum Gases .. . .... . ... . ... 23.08 24.91 25.21 25.59 23.30 24.23 25.36 24.26 25.43 26.63 
Dlstillete Fuel Oil ........... . ...... .. .. . 17.94 16.45 17.21 18.25 10.60 14.27 22.09 11 .54 16.27 24.45 
Natural Gas ............... . ........... 13.40 11.85 12.15 12.55 10.43 11.39 12.57 11 .71 12.91 14.10 
Electricity ... ... .. ... .... ... ... ... ..... 30.52 31.02 31.37 31.79 29.21 30.20 31.09 29.82 30.63 31 .48 

Commercial 
Distillate Fuel Oil .............. .... ... . . 14.59 14.51 15.24 16.12 9.51 13.24 20.37 10.27 15.00 23.16 
Residual Fuel Oil ........... ....... ..... 8.60 9.64 10.06 10.69 5.03 7.95 13.09 5.50 9.22 15.41 
Natural Gas ...••......... .. .... . . .... . 11.50 10.30 10.59 10.98 8.97 9.91 11.04 10.26 11.43 12.61 
Electricity .. .• ....• . ... •. . .... ....... .. 27.75 27.52 27.89 28.35 24.45 25.64 26.90 25.01 26.17 27.33 

Industrial' 
Uquefled Petroleum Gases .............. . 19.71 17.49 17.74 18.12 15.94 16.79 17.75 16.n 17.79 19.02 
Distillate Fuel Oil ... . .................. . 15.33 15.02 15.72 16.46 10.85 14.62 21 .23 11.56 16.26 24.32 
Residual Fuel Oil .......... . ............ 9.06 10.10 10.86 11.00 5.48 8.29 12.92 6.20 9.62 15.20 
Natural Gar ···· ···· ··· ····· ····· ····· 7.66 6.94 7.21 7.58 5.35 6.21 7.29 6.22 7.29 8.44 
Metallurgical Coal ············ ····· ····· 3.54 4.06 4.07 4.08 3.39 3.42 3.48 3.56 3.60 3.67 
Other Industrial Coal .................... 2.34 2.41 2.42 2.43 2.20 2.28 2.38 2.23 2.33 2.48 
Coal to Uqulds .... .. .... .... .. . . . ... ... 0.86 1.09 1.26 0.95 1.30 1.57 
Electricity •.. . .................. . ...... 17.97 18.90 19.21 19.60 16.47 17.27 17.89 16.98 17.63 18.11 

Transportation 
Uquefled Petroleum Gases' ········· ····· 21.72 25.74 26.03 26.35 24.02 24.94 26.04 24.87 26.03 27.21 
E854 • • ••••• • ••••••• • ••••••••••••• • ••• 24.81 21 .86 23.58 26.14 15.25 18.15 27.14 15.22 19.62 28.81 
Motor Gasoline• .........•.....• . . . ... . • 21.19 20.43 21.23 23.66 15.35 19.64 27.35 15.35 20.37 29.37 

0 Jet Fuel' ....•..... .. ....... . .. . ... . .. • 14.83 15.13 15.n 17.13 9.18 13.27 21.13 10.22 15.37 23.87 
Distillate Fuel On' ....... ...... ...... ... 19.72 19.00 19.68 20.45 14.47 18.26 24.74 14.87 19.59 27.72 
Residual Fuel Oil .. ... .... .... . .... ... .. 7.89 9.93 10.53 10.83 5.68 8.69 14.02 6.50 10.39 16.44 
Natural Gas• ···· ····· ··· ······ ······ ·· 14.28 13.33 13.60 13.99 11 .22 12.15 13.37 11.64 12.83 14.12 
Electricity ............................. 29.73 30.48 30.95 31 .53 21.n 29.05 30.29 28.56 29.65 30.43 

Electric Power' 
Distillate Fuel Oil .. ....... . ..... . ..... .. 13.35 12.88 13.62 14.64 7.07 10.69 18.33 8.02 12.71 20.66 
Residual Fuel Oil ....................... 8.17 8.87 9.45 9.79 4.43 7.50 12.73 5.09 9.04 15.14 
Natural Gas ....................... . ... 6.87 6.71 6.96 7.31 5.11 5.95 6.96 5.90 6.93 8.06 
SteemCoal ··························· 1.69 1.83 1.84 1.85 1.62 1.72 1.82 1.66 1.78 1.93 

Average Price to All Usera'" 
Uquefled Petroleum Gases ...... ......... 20.35 19.01 19.27 19.65 17.70 18.59 19.63 18.72 19.82 21.03 
E854 

••••••••••••••••••••••••••••••••• 24.81 21.86 23.58 26.14 15.25 18.15 27.14 15.22 19.62 28.81 
Motor Gasoline• .... . ... ... ... .. ....... . 21.06 20.43 21.23 23.66 15.35 19.64 27.35 15.35 20.37 29.37 
Jet Fuel ·················· ·········· ·· 14.83 15.13 15.n 17.13 9.18 13.27 21.13 10.22 15.37 23.87 
Distillate Fuel Oil .. .. ..... . . .... ... ... .. 18.56 17.78 18.48 19.25 13.39 17.20 23.84 13.99 18.74 26.92 
Residual Fuel Oil ......... . ............. 8.21 9.69 10.31 10.61 5.16 8.29 13.50 5.84 9.87 15.90 
Natural Gas .. ..... . .......... .... . .. .. 9.22 8.43 8.72 9.10 7.00 7.98 9.18 8.D7 9.36 10.63 
Metallurgical Coal .. .. ... .. ............. 3.54 4.06 4.07 4.08 3.39 3.42 3.48 3.56 3.60 3.67 
Other Coal ............................ 1.73 1.86 1.88 1.89 1.66 1.75 1.85 1.69 1.81 1.95 
Coal to Uqulds .................. . ...... 0.86 1.09 1.26 0.95 1.30 1.57 
Electricity ............. ..... . .......... 26.10 26.54 26.90 27.34 24.19 25.23 26.22 25.03 25.93 26.79 

0 
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Price Case Comparisons 

Table C3. Energy Prices by Sector and Source (Continued) 
(2006 Dollars per Million Btu, Unless Otherwise Noted) 

Projections 

Sector and Source 2006 2010 2020 

Low I Reference I High Low I Reference I High Low 
Price Price Price Price Price 

Non-Renewable Energy Expenditures by 
Sector (billion 2006 dollars) 

Residential .... • •... .. • •......•... . .. . . 225.38 238.17 241.71 246.28 232.30 243.22 256.49 262.54 
Commercial . .. . • . . ..... ...•.... . . . . . . . 166.54 171 .75 174.38 1n.84 179.61 189.37 201.22 215.50 
Industrial . .•. .. .. .• . . . . .. • •••••• • .. . . • 205.11 218.32 224.65 230.83 171.15 193.16 221 .31 1n.82 
Transportation ..• . . .. . . . . .. . .•••..•. . .. 542.63 540.60 560.74 608.98 426.17 530.80 712.89 462.11 

Total Non-Renewable Expenditures .•... • . 1139.66 1168.84 1201.48 1263.94 1009.23 1156.54 1391.91 1117.96 
Transportation Renewable Expenditures . ••• 0.03 0.07 0.06 0.07 14.43 17.64 24.80 17.78 
Total Expenditures • ••••••••••••••••• • 1139.70 1168.91 1201.54 1264.00 1023.66 1174.18 1416.71 1135.74 

'Includes energy lor combined heat and power plants, except those whose primary business Is to sell electricity, or electricity and heat, to the public. 
2Excludes use lor Ieese and plant fuel. 

2030 

I Reference I High 
Price 

274.70 287.88 
227.37 240.45 
203.93 235.22 
587.86 797.19 

1293.86 1560.74 
26.35 47.45 

1320.22 1608.20 

'Includes Federal and Stele texas whBe excluding county and local taxes. · 
4EBS refers to a blend of 85 percent ethanol (ranewable) and 15 percent motor gasoline (nonrenewable). To address cold starting Issues, the percentage of alhanol varies 

seasonally. The annuai !OO!_ra.Jie ethanol content ol74 percent Is used lor this IQ18<;!!Sl__ __ _ _ ___ __ _ _ __ _ ____ _ ___ _ 
"Sales weighted-average price lor all grades. Includes Federal, Stele and local taxes. 
1Kernsene-type jet fuel. Includes Federal and State taxes while excluding county and local texas. 
'Diesel fuel lor on-rnad use. Includes Federal and Stele texas while excluding county and local texas. 
"Compressed natural gas used as a vehicle fuel. Includes esUmated motor vehicle fuel taxes and esUmated dispensing costs or charges. 
"Includes electridty-only and combined heat and power plants whose primary business is to sell electricity, or electricity and heat, to the pubnc. 
"'Weighted averages of end-use fuel prices are derived lrnm the prices shown In each sector and the corresponding sectoral consumpUon. 
Btu = BriUsh thermal uniL 
- - • Not appUceble. 
Note: Date lor 2006 are model results and may diHar sHghUy lrnm official EIA data rapons. 
Sources: 2006 prices lor motor gasoline, dlsUIIate fuel oil, and jet fuel are based on prices in the Energy lnlormaUon AdministraUon (EIA), Petroleum MarkeUng Annual 

2006, DOE/EIA-0487(2006) (Washington, DC, August 2007). 2006 residenUal and commercial natural gas delivered prices: EIA, Natural Gas Monthly, DOE/EIA-
0130(2007/04) (Washington, DC, April2007). 2006lndustrial natural gas deUvered prices are esUmated based on: EIA, Manufacturing Energy ConsumpUon Survey 1994 and 
Industrial and wellhead pricas lrnm the Natural Gas Annual 2005, DOE/EIA~131 (2005) (Washington, DC, November 2006) and the Natural Gas Monthly, DOE/EIA-
0130(2007/04) (Washington, DC, April2007). 2006 tr:ansporfaUon sector natural gas deUvered prices are modal results. 2006 electric power sector natural gas prices: EIA, 
Electric Power Monthly, DOE/EIA-{)226, May 2006 thrnugh April2007. 2006 coal prices based on: EIA. Quarterly Coal Report, October-December 2006, DOE/EiA-
0121 (2006140) (Washington, DC, March 2007) and EIA. AE02008 Nallonal Energy ModeUng System run AE02008.D030208F. 2006 electricity prices: EIA, Annual Energy 
Review 2006, DOE/EIA-00114(2006) (Washington, DC, June 2007). 2006 EB5 prices derived lrnm monthly prices in the Clean Cities AltemaUve Fuel Price Report. 
ProjecUona: EIA, AE02008 NeUonal Energy ModeUng System runs LP2008.0031608A, AE02008.D030208F, end HP2008.00311108A. 
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Prfce Case Comparisons 

TableC4. Liquid Fuels Supply and Disposition 0 
(Million Barrels per Dav, Unless Otherwise Noted) 

Projections 

Supply and Disposition 2006 2010 2020 2030 

Low I Reference r High Low 1 Referencel 
High Low I Reference I High 

Price Price Price Price Price Price 

Crude Oil 
Domestic Crude Production' ..... . . . .. .. . . 5.10 5.97 5.93 5.87 6.35 6.23 6.31 5.18 5.59 6.37 

Alaska ... .. . . .... . . . . .... . .. .. . ... . . 0.74 0.69 0.69 0.68 0.77 0.70 0.65 0.32 0.30 0.41 
Lower 48 States . ... ... . .. . ..... . .. .. . 4.36 5.29 5.24 5.19 5.59 5.53 5.66 4.86 5.30 5.96 

Net Imports . ... .. ...... ........ .. .... .. 10.09 9.72 9.60 9.27 10.12 9.75 8.87 11.93 11.03 8.54 
Gross Imports .. ...... . . . . .. .. .. . .. . .. 10.12 9.75 9.63 9.30 10.15 9.79 8.90 11 .95 11 .06 8.57 
Exports ... ... ... .. .... ... .. . . . . . .... 0.03 0.03 0.03 0.03 0.03 0.03 0.03 0.03 0.03 0.03 

Other Crude Supply" ..... . . . .... .. . .. . .. 0.05 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 
Total Crude Supply ............ . ...... 15.24 15.69 15.53 15.15 16.47 15.98 15.17 17.11 16.63 14.91 

Other Supply 
Natural Gas Plant Uqulds ··· ··· ··· ······· 1.74 1.69 1.68 1.68 1.72 1.72 1.69 1.56 1.57 1.56 
Net Product Imports ........ . ..... . ..... . 2.31 1.63 1.72 2.07 2.00 1.37 1.15 2.41 1.26 0.88 

Gross Refined Product Imports• . . .. .. ... . 2.17 1.48 1.61 1.72 1.74 1.41 1.22 2.11 1.56 1.16 
Unfinished 011 Imports ..... ... ......... 0.69 0.70 0.67 0.58 0.79 0.64 0.57 0.87 0.70 0.54 
Blending Component Imports .... . .. . .... 0.68 0.77 0.74 1.09 0.85 0.67 0.78 0.81 0.52 0.68 
Exports .. ... . .. . . ..... . ... ... . . .... . 1.22 1.31 1.30 1.32 1.38 1.36 1.41 1.38 1.52 1.50 

Refinery Processing Galn4 
• •• •••••• • •••••• 0.99 1.06 1.05 0.96 0.99 1.00 0.86 0.99 0.99 0.68 

Other Inputs .• ..... ... ... .. .... ... ... .. 0.45 1.03 1.04 1.02 1.87 1.97 2.11 2.20 2.41 3.53 
Ethanol ...••. . . .... .. . .. .. . . . . ..•. . . 0.36 0.81 0.81 0.80 1.41 1.41 1.30 1.53 1.56 1.61 

Domestic Production ..... . ........... 0.32 0.76 0.74 0.73 1.19 1.17 1.10 1.44 1.44 1.35 
Net Imports ···· ·············· ······ 0.05 0.06 0.07 0.08 0.22 0.24 0.20 0.09 0.12 0.26 

Blodlasel . ...... • ... . . . . . .........•.. 0.02 0.04 0.04 0.04 0.07 0.07 0.08 0.07 0.08 0.10 
Domestic Production .. • . . .... .. ... . .. 0.02 0.04 0.04 0.04 0.07 0.07 0.08 0.07 0.08 0.10 
Net Imports ······ ····· ···· ··· ·· ··· · 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 

Uqulds from Gas ... .... ......... ... .. 0.00 0.00 0.00 0.00 0.00 0.00 0.13 0.00 0.00 0.13 

0 Uqulds from Coal ........ . .... . . . . .... 0.00 0.00 0.00 0.00 0.04 0.15 0.20 0.04 0.24 1.18 
Uqulds from Biomass ... . . . . ... . . . . .. .. 0.00 0.00 0.00 0.00 0.14 0.14 0.20 0.33 0.29 0.28 
Other" .•.. .. .... . ....... . .. .. . . ..... O.D7 0.18 0.18 0.19 0.21 0.21 0.20 0.24 0.24 0.23 

Total Primary Supply' .... .. ..... . . . ...... 20.74 21.10 21.02 20.87 23.06 22.04 20.99 24.26 22.86 21.57 

Uquld Fuels Consumption 
by Fuel 

Uquefied Petroleum Gases ····· ·· ··· ··· 2.05 2.06 2.05 2.06 1.90 1.86 1.82 1.83 1.80 1.80 
E857 ..... .. .... .. ... ..... ..... .... . 0.00 0.00 0.00 0.00 0.65 0.67 0.63 0.80 0.92 1.13 
Motor Gasoline• ..... .. ..... ....... ... 9.25 9.60 9.59 9.54 9.73 9.24 8.60 9.77 8.91 7.75 
Jet Fuel" .................... .. .. . ... 1.63 1.67 1.66 1.66 2.01 2.01 2.00 2.31 2.31 2.31 
Distillate Fuel 01r• .. ....... ... .. ... .. . 4.17 4.41 4.40 4.38 5.03 4.91 4.85 5.68 5.53 5.61 

Diesel. . ....... . ............. . . · ··· 3.21 3.73 3.72 3.71 4.31 4.23 4.22 4.96 4.87 5.01 
Residual Fuel 011 .. ...... ... ......... . 0.69 0.70 0.70 0.70 0.87 0.69 0.66 0.97 0.70 0.67 
Other" .. ················ ··········· 2.86 2.61 2.58 2.53 2.80 2.58 2.35 2.85 2.62 2.28 

by Sector 
Residential and Commercial . .... .. ...... 1.07 1.09 1.08 1.08 1.18 1.13 1.06 1.20 1.12 1.05 
Industrial'" .... • ..... .. ....... . . . . .. .. 5.15 5.10 5.06 5.01 5.08 4.79 4.50 5.09 4.73 4.37 
Transportation ... ...... ............ .. 14.05 14.63 14.60 14.54 16.31 15.79 15.11 17.46 16.66 15.87 
Electric Power•• ... ... .... ... .... ..... 0.29 0.25 0.25 0.25 0.41 0.26 0.26 0.48 0.28 0.27 

Total ............... .......... ...... . 20.65 21.06 20.99 20.87 22.99 21 .96 20.92 2422 22.80 21.57 

Discrepancy•• ..... ................... .. 0.09 0.04 0.03 -0.00 0.07 0.08 0.08 0.04 0.06 0.00 

0 
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Price Case Comparisons 

Table C4. Liquid Fuels Supply and Disposition (Continued) 
(Million Barrels per Day, Unless Otherwise Noted) 

Projections 

Supply and Dlsposltlon 2006 2010 2020 

Low I Reference I High Low I Reference I High 
Price Price Price Price 

Domestic Refinery DlstlllaUon Capeclty11 •••• • • 17.3 18.3 18.3 18.3 18.3 18.3 18.3 
Capacity Utilization Rate (percent)'" .•.....•.. 90.0 87.6 86.8 84.6 92.0 89.3 84.7 
Net Import Share of Product Supplied (percent) 60.0 54.1 54.2 54.6 53.5 51 .6 48.7 
Net Expenditures for Imported Crude 011 and 

Petroleum Products (billion 2006 dollars) 264.86 243.47 254.07 266.30 148.06 207.19 311.47 

'Includes lease condensate. 
•strategic petroleum reserve stock additions plus unaccounted for crude oil and crude stock withdrawals minus crude product supplied. 
21ncludes other hydrocarbons and alcohols. 

2030 

Low I Reference I High 
Price Price 

18.6 18.4 18.3 
93.8 92.0 83.2 
59.5 54.3 44.9 

178.98 261.91 324.14 

"The volumetric amount by which total outpulls graater than Input due to the processing of crude oD Into producls which, In total, have a lower specific gravity than the crude 
oil processed. 

'Includes petroleum product stock withdrawals, domestic sources of blending components, other hydrocarbons, and ethers. 
erotal crude supply plus natural gas plantlqulds, other Inputs, refinery processing gain, and net product Imports. 
'EBS refers to a blend of 85 percent ethanol (renewable) and 15 percent motor gesoUne (nonrenewable). To address cold slatllng Issues, tha percentage ol alhanol varies 

- - ----588SOnally. ~verage-elhanol contllllUII 7.4-pe~~lhls.foracasl.-- - - - --- - - -- - ------ ------

0 

0 

'Includes ethanol and athars blended Into gesollna. 
'Includes only karosene type. 
"Includes dlstillata fuel oil and kerosene from petroleum and biomass feedstocks. 
"Includes aviation gesoftne, petrochemical feedstocks, lubricants, waxes, asphalt, road oil, still gas, special naphthas, petroleum coke, crude oil product supplied, methanol, 

Dquld hydrogen,and miscellaneous petroleum products. 
121ncludes consumption for combined heat and power, which produces electricity and other uselullhermal energy. 
"Includes consumption of energy by electric~ and combined heat and power plants whose primary business Is to seU electricity, or eleclricity and heat, to the pubftc. 

Includes small power producers and exempt wholesale generalors. 
"Balancing Item. Includes unaccounted for supply, lossas, and gains. 
"Encl-ol-year oparable capacity. 
"Rate Is calculated by dividing the gross annual Input to atmospheric crude oil distillation units by their operable refining capacity In barrels per calender dey. 
- - • Not applicable. 
Note: Totals may not equal sum of components due to Independent rounding. Data for 2006 ara model results and may differ sllghUy from official EIA data reports. 
Sources: 200Simported crude oU price and petroleum product supplied based on: Energy Information Administration (EIA), Annual Energy Rtwlew 2006, DOE/EIA-

0384(2006) (Washlng1on, DC, June 2007). 2006 Imported low sulfur Dght cruda oU prlce: EIA, Form EIA-856, "Monthly Foralgn Crude OD AcqulsiUon Report" Other 2006 data: 
EIA, PelrD/eum Supply AnniJBI 2006, DOE/EIA-()340(2006)/1 (Washington, DC, September 2007). Pro)ectlona: EIA, AE02008 NaUonal Energy Modeling System runs 
LP2008.0031608A, AE02008.003020BF, and HP2006.0031808A. 
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Price Case Comparisons 

Table CS. Petroleum Product Prices 0 
(2006 Cents per Gallon, Unless Otherwise Noted) 

Projections 

Sector and Fuel 2006 2010 2020 2030 

Low I Reference I High Low I Reference I High Low I Reference I High 
Price Price Price Price Price Price 

Crude Oil Prices (2006 dollars per barrel) 
Imported Low Sulfur Ught Crude Oil .... .. • • 66.02 71 .45 74.03 79.02 39.07 59.70 102.07 42.35 70.45 118.65 
Imported Crude Oil' •.••...•.•.•.•• .•.. .. 59.05 62.64 65.18 69.19 33.46 51.55 88.31 34.61 58.66 96.42 

Delivered Sector Product Prices 

Residential 
Uquelled Petroleum Gases ........... .. 198.1 213.8 216.3 219.6 200.0 207.9 217.7 208.2 218.3 228.6 
Distillate Fuel 011 •.. . ... • ••••••. . •..•.. 248.8 228.1 238.6 253.1 147.0 198.0 306.3 160.1 225.7 339.0 

Commercial 
Distillate Fuel Oil ..• • • ..• • •.... ••.•. • •. 201.8 200.2 210.2 222.4 131.1 182.5 280.9 141.5 206.7 319.3 
Residual Fuel Oil ······· ··· ·· ·· ·· ·· ·· · 128.8 144.3 150.7 160.0 75.3 118.9 196.0 82.3 138.0 230.6 
Residual Fuel 011 (2006 dollars per barrel) • • 54.09 60.60 63.27 67.19 31 .64 49.95 82.32 34.55 57.97 96.87 

Industrial" 
Uquefled Petroleum Gases ......... .... 169.2 150.1 152.3 155.5 136.8 144.1 152.4 144.0 152.7 163.2 
Distillate Fuel 011 •. .•.......•.. ••.. .••• 212.1 206.6 216.2 226.4 149.0 200.7 291.4 158.7 223.1 333.9 
Residual Fuel 011 ·· ········· ········ ·· 135.6 151.1 162.6 164.7 82.1 124.0 193.3 92.7 144.0 227.6 
Residual Fuel 011 (2006 dollars per barrel) . • 56.96 63.48 68.29 69.16 34.47 52.10 81 .20 38.95 60.48 95.58 

Transportation 
Uquefied Petroleum Gases ····· ··· ···· · 186.4 220.9 223.4 226.1 206.2 214.0 223.5 213.4 223.4 233.5 
Ethanol (E85)s ················· ···· ·· 235.4 207.4 223.7 248.0 144.6 172.2 257.5 144.4 186.1 273.4 
Ethanol Wholesale Price ............... 250.0 179.5 180.8 203.5 196.5 200.7 194.1 145.9 152.2 179.6 
Motor Gasoline• ••.•. • .••..•.• ••. . •. •. 263.3 245.8 255.4 284.1 184.1 235.5 327.5 184.2 244.6 352.3 
Jet Fuel" .• • .••.•.•..•• . ..• .. .. .•. • .. 200.2 204.3 212.8 231.2 123.9 179.2 285.2 137.9 207.5 322.3 0 Diesel Fuel (distillate fuel oll)1 

•• ••• •••.•.• 271.0 260.5 269.8 280.3 198.3 250.2 339.0 203.8 268.5 379.9 

Residual Fuel 011 .. .. .. ............... 118.1 148.6 157.7 162.1 85.1 130.1 209.9 97.3 155.5 246.1 
Residual Fuel 011 (2006 dollars per barrel) .. 49.62 62.41 66.22 68.09 35.73 54.64 88.14 40.86 65.32 103.38 

Electric Power 
Distillate Fuel 011 . • ..• . ....••••. . . •. • .. 185.1 178.6 189.0 203.1 98.1 148.3 254.3 111.2 176.2 286.5 
Residual Fuel Oil ... ... ...... .. ....... 122.3 132.8 141 .5 146.6 66.4 112.3 190.5 76.1 135.3 226.6 
Residual Fuel 011 (2006 dollars per barrel) .. 51 .37 55.80 59.43 61 .56 27.87 47.18 80.02 31 .98 56.84 95.17 

Refined Petroleum Product Prices" 
Uquelled Petroleum Gases ........ .. ... 174.6 163.2 165.4 168.7 151.9 159.5 168.5 160.7 170.1 180.5 
Motor Gasoline• • .. •. .•.•... • . • ....... 261.6 245.7 255.4 284.1 184.0 235.5 327.5 184.2 244.6 352.2 
Jet Fuel" .•. ... .. .. • .• .. . ... •....•..• 200.2 204.3 212.8 231.2 123.9 179.2 285.2 137.9 207.5 322.3 
Distillate Fuel 011 . •.. . .•. .... .... . . .. •. 255.9 244.4 253.9 264.5 183.8 236.1 327.2 191 .9 257.1 369.4 
Residual Fuel 011 .. ... .... ............ 122.9 145.1 154.3 158.8 77.3 124.1 202.1 87.5 147.7 238.0 
Residual Fuel 011 (2006 dollars per barrel) .. 51.63 60.93 64.80 66.69 32.47 52.12 84.89 36.74 62.04 99.95 

Average ••••••••••••••••••••••••••• 234.5 224.3 233.1 252.3 166.4 214.1 296.3 171.4 229.6 326.4 

'Weighted average price delivered to U.S. renners. 
'Includes energy lor combined heat end power plants, eJCCBpt those whose primary business Is to sell electridty, or electrk:lty end heat, to the public. 
'EBS refers to a blend of 85 percent ethanol (renewable) end 15 percent motor gasoUne (nonrenewable). To address cold starting Issues, the percentage of ethanol ve~es 

seasonaly. The annual average ethanol content of 74 percent Is used lor this forecast 
'Sales weighted-average price lor ell grades. Includes Federal. State end local taxes. 
'Includes only kerosene type. 
'Diesel fuel lor on-road use. lndudes Federal end State taxes while excluding county end local taxes. 
'Includes electricity-only end combined heat and power plants whose primary business Is to sen electricity. or electricity end heat. to the public. lndudes smell power 

producers and exempt wholesale generators. 
'Weighted averages of end-use fuel prices are derived from the prices In each sector end the corresponding sectoral consumption. 
Note: Data lor 2006 are model results and may differ sllghUy from official EIA data reports. 
Soun:ea: 2006 Imported low sulfur Hght crude on price: Enafgy Information Admlnlslratlon (EIA), Fonn EIMI56, "Monthly Foreign Crude 00 Acquisition Report.• 2006 

Imported crude oil price: EtA. Annual Energy Review 2006. OOEJEIA-0384(2006) (Washington. DC, June 2007). 2006 prices lor motor gasoline. dlsliRate fuel oD, end jet fuel 
are based on: EIA. Pe/roleum Marl<st/ng Annua/2006, OOEJEIA-MB7(2006) (Washington, DC, August 2001}. 2006 resldenliel, commercial. industrial, end transportation 
sector petroleum product prices ere derived from: EIA. Fonn EIA-782A, "'ReHners'/Gas Plant Operators' Monthly Petroleum Product Sales Report." 2006 electric power prices 
based on: Federal Energy Regulatory Commission. FERC Fonn 423. "Monthly Report of Cost and Quality of Fuels for 8eclric Plants: 2006 ethanol prices derived from 
weekly spot prices In the Oxy Fuel News. 2006 wholesale ethanol prices derived from Bloomburg U.S. average rack price. ProJections: EIA. AE02008 National Energy 
Modeling System runs LP2008.D03160BA, AE02008.0030208F, end HP2008.D031808A. 

0 
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Price Case Comparisons 

Table C6. International Liquids Supply and Disposition Summary 
(Million Barrels per Day, Unless Otherwise Noted) 

Projections 

Supply and Disposition 2006 2010 2020 2030 

Low I Reference I High Low I Reference I High Low I Reference I High 
Price Price Price Price Price Price 

Crude Oil Prices (2006 dollars per barrel) 
Imported Low Sulfur Ught Crude 011 Price 66.02 71.45 74.03 79.02 39.07 59.70 102.07 42.35 70.45 118.65 
Imported Crude 011 Price' · ·· ····· ... .. .. . 59.05 62.64 65.18 69.19 33.46 51 .55 88.31 34.61 58.66 96.42 

Conventional Production (Conventional)" 
OPEc" 

Asia ••••..... .. ... . • . .. • . ...... • .. 1.11 1.04 1.03 1.03 1.03 0.98 0.82 1.14 0.94 0.67 
Middle East ... ..• .. . . ......... ..•.. 23.21 25.67 22.41 20.69 30.59 24.09 21.58 38.17 27.35 22.18 
North Africa . . .. .. . • . . .....• . . •.• . .• 3.90 4.28 4.28 4.24 4.98 4.78 3.99 5.80 4.82 3.40 
West Africa ···· · ·· ·· · ········· ····· 4.02 5.78 s.n 5.73 7.71 7.41 6.19 9.89 823 5.79 
Soulh America • • • . • .. . . .. . ... • . . ..• . 2.06 1.99 1.99 1.97 2.27 2.18 1.82 2.60 2.16 1.52 

Total OPEC ········ ·· ········ ···· 34.30 38.76 35.48 33.67 46.58 39.45 34.40 57.59 43.50 33.55 
Non-OPEC 

OECD 
··-----·--- -

United States (50 states) . . . . . -:---:--~ . . . . . • 7.91 8.89 --a:ar 8.7-0- - 9 .28 - 9:15 9.06 7.96 8.39- - 8.70- -

Canada ....... ... ................ . 2.00 1.86 1.85 1.84 1.66 1.32 1.05 1.32 1.05 0.76 
Mexico •..••...... . . ... • . •.... . . •.. 3.74 3.39 3.37 3.34 4.12 3.25 2.59 4.21 3.35 2.44 
OECD Europe• ... ... . ... .. .. .... . . . 5.52 4.93 4.89 4.85 4.51 3.59 2.86 4.25 3.39 2.47 
Japan . . • ..•.•..•.. .. • .•.. ... . • . • . . 0.13 0.12 0.12 0.12 0.16 0.14 0.11 0.19 0.15 0.11 
Australia and New Zealand . . • . .... • ... 0.57 0.62 0.62 0.61 0.83 0 .65 0.52 0.83 0.66 0.48 

Total OECD •• • ••••••••• • ••••••••• 19.85 19.81 19.69 19.46 20.57 18.10 16.19 18.76 16.99 14.96 
Non·OECD 

Russia ..... . ... .. .. .. . .. . ...... . .. 9.82 10.40 10.34 10.27 13.82 10.90 8.69 14.71 11.69 8.50 
Olher Eurasia' • •. . . . • . • . . ..••. • •... • 2.85 3.80 3.n 3.75 6.92 5.46 4.35 8.01 6.36 4.63 
China ...... ...... .. .. .. .. .... 00 ... 3.80 3.86 3.83 3.80 4.90 3.87 3.09 4.43 3.53 2.57 

0 OlherAsla' ·· · ·· · ····· ··· ······· ·· · 2.89 2.94 2.92 2.90 4.30 3.40 2.71 3.99 3.17 2.31 
Middle East7 

• • •• • • • • •• • • • • • • • • •••••• 1.69 1.61 2.00 1.59 2.36 2.40 1.48 2.45 2.90 1.42 
Africa 00 ...... 00 .... . ··· · ·· ··· ·· · · 2.49 2.93 2.92 2.90 4.86 3.83 3.06 5.03 3.99 2.91 
Brazil ...... 0000 .. .. .. .. .. 0000 00 00 . 1.84 2.42 2.40 2.39 4.30 3.39 2.71 4.61 3.66 2.67 
Olher Cenlral and Soulh America .... •. . 2.36 2.33 2.32 2.30 3.39 2.67 2.13 4.41 3.51 2.55 

Total Non-oECD ••••••• •• ••••• • ••• 27.73 30.28 30.51 29.89 44.83 35.94 28.23 47.64 38.81 27.55 

Total Conventional Production •• •• • ••••••• 81.88 88.85 85.67 83.02 111.98 93.48 78.82 123.99 99.30 76.07 

Unconventional Production• 
United States (50 stales) . . . . .. .. .... . .. . . 0.34 0.80 0.78 0.78 1.44 1.53 1.71 1.87 2.06 3.19 
Olher North America . . . .. .. . . • ...•.•.•. . 1.23 1.89 1.91 1.92 1.71 2.85 3.48 2.10 3.96 4.88 
OECD Europe• .... ..... ..... ........... 0.04 0.07 0.07 0.07 0.09 0.15 0.27 0.14 0.26 0.51 
Middle East' .•. . ... . . . .. . • . . .... . . . . • . . 0.00 0.03 0.03 0.03 0.18 0.31 0.36 0.66 1.24 1.45 
Africa. ····· ·· ····· ······ ····· ···· ·· ·· 0.17 0.31 0.31 0.31 0.27 0.44 0.79 0.44 0.83 1.51 
Central and South America .. . . . . ••... . ... 0.80 1.17 1.18 1.19 1.05 1.76 2.46 1.33 2.51 3.64 
Olher . ..... . ... . . . . . . . . . . . . . . ...•.. . . 0.20 0.43 0.44 0.44 0.76 1.28 2.46 1.66 3.15 6.47 

Total Unconventional Production ••••••• 2.78 4.70 4.73 4.75 5.49 8.32 11.52 8.19 14.00 21.65 

Total Production ••••• • ••• ••• ••• • •••••••• 84.66 93.55 90.40 87.76 117.47 101.80 90.34 132.18 113.31 97.71 

0 
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Price Case Comparisons 

TableC6. International Liquids Supply and Disposition Summary (Continued) 
(Million Barrels per Day, Unless Otherwise Noted) 

Projections 

Supply and Disposition 2006 2010 2020 2030 

Low High Low High Low High 
Price I Rafervnce I Price Price jReteranca l Price Price I Rafarancel Price 

Consumption• 
OECD 

United States (50 states) .. ..... ....... . 20.65 21 .06 20.99 20.87 22.51 21.47 20.45 23.62 22.11 
United States Territories . ... . .. ........ . 0.38 0.46 0.43 0.39 0.62 0.51 0.48 0.70 0.59 
Canada . . ... .. ...... .... ......... .. . 2.27 2.43 2.32 2.23 2.82 2.36 2.04 2.87 2.40 
Mexico ... ······················ ···· 2.06 2.29 2.19 2.10 3.09 2.61 2.24 3.53 2.95 
OECD Europe• .. .. .. . . . ... .. . . ... . . .. 15.42 16.22 15.47 14.85 18.69 15.71 13.59 18.99 15.86 
Japan ......... . . . . ... .. .. .. · · · · · • · • 5.16 5.41 5.18 4.98 6.18 5.22 4.54 6.26 5.26 
South Korea .. .. . ....... . . . .... . ... .. 2.18 2.36 2.25 2.16 3.07 2.57 2.23 3.37 2.81 
Australia and New Zealand ........ ... .. 1.03 1.12 1.07 1.03 1.41 1.19 1.03 1.54 1.28 

TotaiOECD ••••••••••••••••••••• • •• 49.16 51.36 49.90 48.61 58.38 51.64 46.60 60.88 53.28 
Non·OECD 

Russia . ..... .. . .. . • . ...... .... . ..... 2.79 3.00 2.89 2.80 3.65 3.13 2.n 3.90 3.32 
Other Non-OECD Eurasia" .............. 2.09 2.37 2.26 2.17 3.11 2.64 2.29 3.50 2.96 
China .... ···· ······· ·· ············· 7.26 9.86 9.44 9.08 14.21 11.96 10.39 18.73 15.69 
India ..•. . .. . . . ...... . .. .. ....... . .. 2.49 2.81 2.68 2.57 4.30 3.62 3.14 5.23 4.37 
Other Non-OECD Asia . ...... . .. .... . .. 6.14 6.97 6.67 6.40 9.86 8.35 7.20 11 .74 9.86 
Middle East7 

• • ••• • •• •• •• • • • ••• • ••• • •• 6.15 7.30 7.13 7.05 9.65 8.46 7.61 11 .36 9.84 
Africa .... ··········· ·· ········· ···· 2.99 3.53 3.36 3.20 5.20 4.35 3.71 5.94 4.93 
Brazil .••.•. ... • • .•••. • . • .......... . • 2.34 2.69 2.57 2.47 3.75 3.15 2.72 4.42 3.68 
Other Central and South America ..... ... 3.26 3.68 3.51 3.41 5.37 4.51 3.90 6.48 5.37 

Total Non-oECD ••••••• • ••••••••• • •• 35.51 42.20 40.51 39.16 59.09 50.16 43.73 71.30 60.02 

Total Consumption •••••••••••••••••••••• 84.66 93.55 90.40 87.76 117.48 101.80 90.34 132.18 113.30 

OPEC Production'" •... .. . . . . . .. . .... . . .. . 34.90 39.67 36.40 34.59 47.42 40.87 36.12 59.00 46.16 
Non..OPEC Production•• .. .. ... . . .. .. .. . . . . 49.76 53.88 54.00 53.17 70.05 60.94 54.22 73.19 67.15 
Net Eurasia Exports . ..... . .. . ........ .... 9.63 11.25 11.37 11.44 18.28 13.98 10.70 19.92 15.43 
OPEC Market Share ........ .... ....... . .. 41 .2 42.4 40.3 39.4 40.4 40.1 40.0 44.6 40.7 

'Weighted average prtce delivered 1o U.S. reRners. 
'Includes production of crude on Qncludlng lease condensates), natural gas plan! liquids, aliter hydrogen and hydrncarbons lor refinery feedstOCks, alcohol end olher 

sources, end refinery gains. 

20.73 
0.54 
2.01 
2.48 

13.27 
4.44 
2.36 
1.08 

46.89 

2.84 
2.50 

13.20 
3.67 
8.29 
8.61 
4.09 
3.08 
4.53 

50.81 

97.70 

36.75 
60.96 
10.46 
37.6 

'OPEC = Orgenlzation of Pelroleum Exporllng Counlries - Algeria, Angola, Indonesia, lren, Iraq, Kuwait. Ubya, Nigeria, Qatar, Saudi Arabia, lhe United Arab Emirates, and 
Venezuela. Does no! Include Ecuador, which was admilled lo OPEC as a run member on November 17,2007. 

'OECD Europe = Organlzalfon lor Economic Cooperation end Development- Auslria. Belgium, Czech Repubtic, Denmark, Anland, France, Germany, Greece, Hungary, 
Iceland, Ireland, llaly,l.wcembourg, lhe Nelhertands, NOfWB)I, Poland. Portugal, Slovakla. Spain, Sweden, Swilzarland, Turluly, and lhe United Kingdom. 

'Eurasia consists of Annenla. Azerbaijan, Belarus, Eslonla, Georgia. Kazakhslan, Kyrgyzslen, Lalvta, Ulhuenla, Moldova, Russia. Tajiklslan, Turkmenistan, Ukralne. and 
Uzbekistan. 

'Oiher Asia = Afghanistan, Bangladesh, Bhutan, Brunei, Cambodia (Kampuchea), Fiji, French Polynesia, Guam, Hong Kong, Indonesia, Kiribati, Laos, Maleysle, Maceu, 
Maldives, MongoRa, Myenmar (Burma), Nauru, Nepal, Naw Caledonia, Mue, North Korea. Pakistan, Papua New Guinea, Philippines, Samoa. Singapore, Solomon lslends, Sri 
lanka, Taiwan, ThaRend, Tonga. Vanuatu, and Vietnam. 

'Non-OPEC Middle East Includes Turl<ey. 
'Includes Hqulds produced from energy crops, natural gas, coal, oil sands, and shale. Includes bolh OPEC end non-OPEC producers in lhe regional breakdown. 
'Includes bolh OPEC and non-OPEC consumers in lhe regional breakdown. 
"Includes bolh conventional end nonconvenlionalllquids production. 
Note: Tolals may not equal sum of components due to Independent rounding. Data lor 2006 are modal results and may differ slighUy from ofliclal EIA data reports. 
Sources: 2006 low suUur Bghl crude oB price: Energy Information AdminlslraHon (EIA), Form EIA.S56, "Monlhiy Foreign Crude Oil Acquisition Report.' 2006 Imported 

crude on price: EIA. Annu8J Energy Rtwlew 2006, DOEJE!A..()364(2006) (Washington, DC, June 2007). 2006 quanlllles and proJections: Energy lnlorma!lon AdminlslnlUon, 
AE02008 National Energy Modeling System runs LP2006.D031608A, AE02008.D030208F, and HP2008.0031808A. 
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AppendixD 

Results from Side Cases 0 
Table 01. Ke Results for Residential and Commercial Sector Technolo 

2010 

Energy Consumption 2006 2008 Best 2008 Best 

Technology 
Available 

Technology 
AvaDable 

Technology Technology 

Residential 
Energy Consumption 
(quadrillion Btu) 

Liquefied Petroleum Gases ••..•... 0.47 0.48 0.48 0.48 0.47 0.53 0.52 0.51 0.49 
Kerosene •... . .......••..•..... 0.07 0.08 0.08 0.08 0.08 0.09 0.08 0.08 0.07 
Distillate Fuel 011 •....•....•....• 0.70 0.75 0.75 0.75 0.74 0.74 0.73 0.72 0.65 

Uquld Fuels and Other Petroleum 1.25 1.32 1.31 1.31 1.28 1.36 1.33 1.31 1.20 
Natural Gas • .. .. . .. ....• . ...... 4.50 4.97 4 .95 4.93 4.78 5.49 5.30 5.18 4.46 
Coal •..••... . . . ........ • ...... 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01 
Renewable Energy' •........••... 0.41 0.44 0.44 0.44 0.43 0.42 0.40 0.40 0.37 
Electricity . . .. . ..•• .•.... . .....• 4.61 5.00 4.95 4.94 4.40 5.53 5.25 5.08 4.30 

Delivered Energy ............. 10.77 11.74 11.66 11.63 10.91 12.81 12.30 11.97 10.34 
Electricity Related Losses . . ...... . 10.04 10.70 10.59 10.57 9.42 11.66 11.08 10.72 9.06 

Total •••••••••••••••••••••••• 20.82 22.45 22.25 22.20 20.33 24.47 23.39 22.69 19.41 

Delivered Energy Intensity 
(million Btu per household) 95.8 101.2 100.5 100.2 94.0 99.2 95.3 92.7 80.1 

Nonmarketed Renewable& 
Consumption (quadrillion Btu) ••••• 0.02 0.02 0.02 0.02 0.02 0.03 0.04 0.04 0.03 

Commercial 
Energy Consumption 
(quadrillion Btu) 

Liquefied Petroleum Gases . .•..... 0.08 0.09 0.09 0.09 0.09 0.09 0.09 0.09 0.09 

0 Motor Gasoline' .........•....•.. 0.05 0.05 0.05 0.05 0.05 0.05 0.05 0.05 0.05 
Kerosene •...••.....•.......•.. 0.02 0.02 0.02 0.02 0.02 0.02 0.02 0.02 0.02 
Distillate Fuel Oil .....•.........• 0.42 0.38 0.38 0.38 0.38 0.42 0.41 0.41 0.45 
Residual Fuel 011 ..•• . .•. . ...•..• 0.11 0.10 0.10 0.10 0.10 0.10 0.10 0.10 0.10 

Uquld Fuels and Other Petroleum 0.68 0.63 0.63 0.63 0.84 0.68 0.68 0.67 0.71 
Natural Gas . ..... ..•• ... . . ..... 2.92 3.05 3.04 3.03 3.00 3.50 3.47 3.41 3.29 
Coal •••..•.....•........ ·····• 0.08 0.08 0.08 0.08 0.08 0.08 0.08 0.08 0.08 
Renewable Energy' ....... . .•.... 0.13 0.13 0.13 0.13 0.13 0.13 0.13 0.13 0.13 
Electricity ...•.••.•.......•....• 4.43 4.78 4.73 4.69 4.58 5.95 5.67 5.39 4.90 

Delivered Energy .............. 8.25 8.68 8.62 8.56 8.43 10.34 10.03 9.69 9.11 
Electricity Related Losses ...• • .... 9.66 10.24 10.12 10.03 9.80 12.56 11.96 11.38 10.34 

Total ••••••••••••••••••••••• 17.91 18.92 18.74 18.59 18.23 22.90 21.98 21.06 19.45 

Delivered Energy Intensity 
(thousand Btu per square foot) 110.3 110.1 109.3 108.6 107.0 115.9 112.3 108.5 102.1 

Commercial Sector Generation 
Net Summer Generation Capacity 
(megawans) 

Natural Gas .. . .... ..........• 630 662 665 671 672 908 1106 1325 1452 
Solar Photovoltalc •........•... 243 505 505 505 506 789 860 902 1013 
Wind ................ ....... 18 18 18 19 21 45 71 118 254 

Electricity Generation 
(billion kllowanhours) 

Natural Gas ..........• . . .... . 4.54 4.76 4.79 4.83 4.84 6.53 8.00 9.59 10.52 
Solar Photovoltaic ............. 0.38 0.81 0.81 0.81 0.81 1.27 1.41 1.48 1.66 
Wind ················ ······· 0.02 0.02 0.02 0.03 0.03 0.06 0.10 0.17 0.36 

Nonmarketed Renewable& 
Consumption (quadrillion Btu) ••••• 0.03 0.03 0.03 0.03 0.03 0.03 0.03 0.03 0.03 

'Includes wood used lor residential headng. Sea Table A4 end/or Table A 17 loresdmales of nonmarkeled renewable energy consurnpdon lor geothermal heat pUf1"4lS, solarlhennal 
hoi waler heating, and solar pholovohalc elecllk:ily generadon. 

'lndudes elhanol (blends ol1 D percent or less) and e!hBtS blended ln!o gasoline. 
'Includes commerdal sec1or consumpUon of wOOd and wood waste, landliR gas, biogenic municipal wasta, and other biomass lor combined heat and power. 
Btu = Brl!lsh lhermal unll 
Note: Totals may not equal sum of components due to Independent rounding. Data lor 2006 are model results and may dlHer sllghdy from official EIA data reports. Side cases 

0 were run without !he fully Integrated modeling system, so not all feedbacks are ceptured. The reference case rado of electricity losses to electricity use was used to compute electricity 
losses lor !he technology cases. 

Source: Energy lnlormadon Admlnlstrallon, AE02008 NatJonaJ Energy Modellng System, runs BLDFRZN.D030408A, AE02008.0D30208F, BLDHIGH.0030408A. and 
BLDBEST.0030408A. 
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0 

0 

0 

2008 
Technology 

0.58 
0.09 
0.69 
1.35 
5.72 
O.Q1 
0.40 
6.30 

13.78 
13.01 
26.78 

98.0 

0.05 

0.09 
0.05 
0.02 
0.42 
0.10 
0.69 
3.81 
0.08 
0.13 
7.07 

11.79 
14.61 
26.40 

117.0 

1462 
1098 

168 

10.53 
1.75 
0.24 

0.03 

0.55 
0.08 
0.65 
1.29 
5.32 
0.01 
0.38 
5.88 

12.88 
12.14 
25.01 

91.6 

0.07 

0.09 
0.05 
0.02 
0.41 
0.10 
0.68 
3.78 
0.08 
0.13 
6.62 

11.30 
13.68 
24.98 

112.2 

2621 
1700 

239 

19.02 
2.84 
0.35 

0.04 

0.54 
0.08 
0.63 
1.24 
5.04 
0.01 
0.36 
5.58 

12.24 
11.53 
23.n 

87.0 

0.07 

0.09 
0.05 
0.02 
0.41 
0.10 
0.68 
3.75 
0.08 
0.13 
6.17 

10.81 
12.73 
23.55 

107.3 

3631 
2235 

588 

26.37 
3.73 
0.84 

0.04 

Best 
Available 

Technology 

0.50 
0.05 
0.55 
1.10 
3.96 
0.01 
0.33 
4.59 
9.99 
9.49 

19.48 

71.1 

0.08 

0.09 
0.05 
0.02 
0.48 
0.10 
0.75 
3.62 
0.08 
0.13 
5.38 
9.95 

11.11 
21.06 

98.8 

4720 
4628 
2249 

34.29 
7.73 
3.08 

0.07 

0.9% 
0.7% 

-Q.1% 
0.3% 
1.0% 

-o.1% 
-Q.1% 
1.3% 
1.0% 
1.1% 
1.1% 

0.1% 

4.2% 

0.6% 
0.4% 
0.2% 
0.0% 

-Q.4% 
0.1% 
1.1% 

-Q.1% 
0.0% 
2.0% 
1.5% 
1.7% 
1.6% 

0.2% 

3.6% 
6.5% 
9.8% 

3.6% 
6.6% 

10.2% 

1.1% 

Results from Side Cases 

0.7% 0.6% 0.3% 
0.5% 0.1% -1.4% 

-Q.3% -0.5% -1.1% 
0.1% -0.0% -0.5% 
0.7% 0.5% -0.5% 

-Q.4% -0.5% -0.6% 
-0.3% -0.5% -0.9% 
1.0% 0.8% -0.0% 
0.7% 0.5% -o.3% 
0.8% 0.6% -0.2% 
0.8% 0.6% -Q.3% --- ----- - - - --

-0.2% -o.4% -1.2% 

5.9% 6.2% 6.7% 

0.6% 0.6% 0.6% 
0.4% 0.4% 0.4% 
0.2% 0.2% 0.2% 

-0.0% -0.1% 0.6% 
-Q.4% -0.4% -0.4% 
0.0% -0.0% 0.4% 
1.1% 1.1% 0.9% 

·0.1% -0.1% -0.1% 
0.0% -0.0% 0.0% 
1.7% 1.4% 0.8% 
1.3% 1.1% 0.8% 
1.5% 1.2% 0.6% 
1.4% 1.1% 0.7% 

0.1% -o.1% -o.5% 

6.1% 7.6% 8.8% 
8.4% 9.7% 13.1% 

11.4% 15.7% 22.3% 

6.2% 7.6% 8.8% 
8.7% 10.0% 13.4% 

11.9% 16.0% 22.5% 

1.7% 2.2% 4.0% 
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Results from Side Cases 

Table 02. Ke Results for Industrial Sector Technolo 0 
Consumption 2006 2008 High 

echnolo echnology 

Value of Shipments 
(billion 2000 dollars) 

Manufacturing ... . ............•.... 4290 45n 45n 45n 5493 5493 5493 6283 6283 6283 
Nonmanulacturlng ... . ..••.....•..•. 1531 1419 1419 1419 1619 1619 1619 1715 1715 1715 

Total ••••••••••••••••••••••••••• 5821 5997 5997 5997 7113 7113 7113 7997 7997 7997 

Energy Consumption excluding Refining' 
(quadrillion Btu) 

Uquefied Petroleum Gases .•.. . .. . •. . 2.08 2.15 2.08 2.02 2.07 1.80 1.59 1.99 1.70 1.48 
Heel and Power •..• . . .•.. .. ••. .. . 0.16 0.17 0.17 0.17 0.18 0.16 0.16 0.18 0.16 0.15 
Feedstocks ••.••..... ... ......... 1.91 1.98 1.92 1.86 1.90 1.64 1.43 1.82 1.55 1.34 

Motor Gasoline .. .. .. .•• • • ..•..••. . 0.38 0.38 0.38 0.37 0.40 0.37 0.34 0.42 0.38 0.35 
Distillate Fuel 011 .•.••.••.•........• 1.28 1.31 1.29 1.27 1.34 1.23 1.14 1.39 1.23 1.11 
Residual Fuel 011 •.•.....•..••.••... 0.27 0.29 0.28 0.27 0.27 0.22 0.21 0.27 0.21 0.20 
Petrochemical Feedstocks .......... . 1.41 1.38 1.36 1.35 1.45 1.39 1.34 1.37 1.29 1.23 
Petroleum Coke •.•. ... ......••••... 0.36 0.35 0.34 0.34 0.38 0.31 0.29 0.39 0.30 0.27 
Asphalt and Road OR ••..• . •.•.. . •.. . 1.26 1.26 1.22 1.19 1.27 1.08 0.93 1.36 1.13 0.92 
Miscellaneous Petroleum• •.....••••.• 0.56 0.41 0.39 0.38 0.46 0.33 0.31 0.44 0.29 0.26 

Petroleum Subtotal .•..•.....•.•.•. 7.60 7.53 7.34 7.20 7.65 6.73 6.14 7.63 6.55 5.82 
Natural Gas Heat and Power ...•...• • . 5.01 5.30 5.12 5.10 6.05 5.22 5.13 6.16 5.22 5.07 
Natural Gas Feedstocks ..•.•.••••... 0.57 0.56 0.54 0.52 0.55 0.46 0.40 0.48 0.39 0.33 
Lease and Plant Fuel' . . ...•••.. • .•. • 1.17 1.21 1.21 1.21 1.25 1.25 1.25 1.27 1.27 1.27 

Natural Gas Subtotal ·· ········· ·· · 6.74 7.08 6.86 6.83 7.85 6.93 6.78 7.90 6.88 6.66 
Metallurgical Coal and Coke• ········· 0.66 0.64 0.63 0.61 0.63 0.57 0.49 0.60 0.52 0.42 
Other Industrial Coal .•.•.•.•...•.... 1.20 1.26 1.25 1.24 1.23 1.14 1.10 1.23 1.12 1.07 

Coal Subtotal •••.•.. .....••.•. .•• 1.86 1.90 1.87 1.85 1.86 1.71 1.59 1.82 1.64 1.49 
Renewables• •.•...........•.•....• 1.69 1.66 1.66 1.68 1.79 1.83 1.91 1.92 2.02 2.17 
Purchased Electricity .•.••.......•••. 3.27 3.40 3.35 3.30 3.67 3.42 3.26 3.73 3.35 3.08 
Delivered Energy ................. 21.17 21.57 21.09 20.86 22.81 20.62 19.68 23.00 20.44 19.22 

0 Electricity Related Losses • .• • ••.• ...• 7.13 7.28 7.17 7.06 7.73 7.22 6.87 7.70 6.92 6.36 
Total ••••••••••••••••••••••••••• 28.29 28.85 28.27 27.92 30.54 27.84 26.55 30.70 27.35 25.58 

Delivered Energy Use per Dollar 
of Shipments 
(thousand Btu per 2000 dollar) •••••••• 4.31 4.38 4.31 4.27 4.06 3.75 3.62 3.79 3.46 3.31 

Onslte Industrial Combined Heat and 
Power 

Capacity (gigawatts) ················ 25.69 28.05 28.11 28.28 36.43 36.84 37.90 43.57 44.85 47.23 
Generation (billion kllowatlhours) .. .... 139.50 155.16 155.59 156.67 218.02 220.78 227.59 272.50 281.41 296.46 

'Fuel consumption Includes energy for combined heat and power plants, except those whose primary business Is to sen electricity, or electricity and heat, to the public. 
'Includes lubricants and mJscenaneous petroleum products. 
'Rapntsents natural gas used In the field gathering and processing plant machinery. 
'Includes net coeJ coke Imports. 
'Includes consumption of energy from hydroelec:trlc, wood and wood waste, biogenic municipal waste, and other blomus. 
Btu = British thermal unll 
Note: Totals may not equal sum of components due to Independent rounding. Data for 2006 ere model results and may differ slighUy from official EIA data reports. Side cases 

were run without the fuRy Integrated modeling system, so not an potential feedbacks were captured. The reference case ratio of electricity losses to electricity use was used to 
compute electricity losses for the technology cases. 

Soun:a: Energy lnformaUon AdmJnlstraUon, AE02008 National Energy ModeOng System runs INDFRZN.D03060BA, AE02008.003020BF, and INDHIGH.D03220BA. 

0 
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Results from Side Cases 

Tabl 03 e . K ey R f T esu ts or ransportation 

Consumption and Indicators 

Level of Travel 
(billion vehicle miles traveled) 

Ught-Duty Vehicles less than 8,500 . .. . . . . 
Commercial Ught Trucks' ....• • ..•...... 
Freight Trucks greater than 10,000 ..... . . 

(billion seat miles available) 
Alr .•. . .. . .....•...•..........•..... 

(billion ton miles traveled) 
Rail ... . •.• . ..•.. . .. . . . . . . .•. . . . . .. . 
Domestic Shipping .........••....•...• 

Energy Efficiency Indicators 
(miles per gallon) 

New Ught-Duty Vehicle2 
•••••• • • •• ••••• • 

New Car" .. . .. . • ..•........• . .•.•.• 
New Ught Truck2 

•••••••••••••••••••• 

Ught-Duty Stock" .. •.•.........•.•...• 
New Commercial Ught Truck' .• .• • ...•.. 
Stock-Commercial-tight Truck' .....•.•.• 
Freight Truck .. ........•...•... • •.• . . 

(seat miles per gallon) 
Aircraft .•.•..... • ••.••.... . .......•. 

(ton miles per thousand Btu) 
Rail . .... . .. . . . . ..•..... . . .. .. .. . ... 
Domestic Shipping •. . .. .. ..... . . . ... .. 

Energy Use (quadrillion Btu) 
by Mode 

Ught-Duty Vehicles .....• . ... ..• .....•. 
Commercial Ught Trucks' ....•. . ........ 
Bus Transportation ...•••.. .•.•. ••.•..• 
FrelghtTrucks • . ••• . •.......... . . ..... 
Rail, Passenger • . .... . •• .• .... ... .... 
Rail, Freight ........•...••..........• 
Shipping, Domestic .••....... . ..•...... 
Shipping, International .••..... • . • ...... 
Recreational Boats .•........••.•...•.. 
Alr . . . . .••. . . . .. . .. • .. • .•.. .•.... •.• 
Military Use ....• . .. .... . ....•.•...... 
Lubricants . • . . .. . .. . . . . • •. ... . ... .. .• 
Pipeline Fuel .• ... •. ..•.. ... ...•....•. 

Total •• • ••••• • •••••••••••••••••••• 
by Fuel 

Uquefied Petroleum Gases ..... •.. ..... 
E854 

• •••• • • •• • ••••••••••••••••••••• 

Motor Gasoline• • .............•.. • .... 
Jet Fuel1 

• . • • .• ••••••••••••. • • .•. •••• 

Distillate Fuel Oil1 
• . •••••• • •• • •.•• • •••• 

Residual Fuel Oil ... . ..•..••.. .. ..•..• 
Uquid Hydrogen . . ..•..•.......•.•.... 
Other Petroleum• •••..•..••.. . .•••.•.. 

Uquld Fuels and Other Petroleum . .••... 
Pipeline Fuel Natural Gas ...... ..•.• .... 
Compressed Natural Gas ..••.•• . ... .• .. 
Electricity . . .. .• .. ....... . •. •. .. • •... 

Delivered Energy ••••••••••••••••••• 
Electricity Related Losses .....•....• . .. 

Total ••••••••••••••••••••••••••••• 

'Commercial trucks 8,500 to 10,000 pounds. 
•environmental Protection Agency rated miles per gallon. 
'Combined car and Dght truck "on-th&-road' estimate. 

2006 

2693 
70 

235 

994 

1656 
619 

26.5 
31 .1 
23.2 
20.3 
15.6 
14.3 

6.0 

62.2 

2.9 
2.0 

16.41 
0.62 
0.26 
4.89 
0.04 
0.57 
0.32 
0.78 
0.24 
2.65 
0.69 
0.15 
0.59 

28.20 

0.02 
0.00 

17.20 
3.16 
6.18 
0.83 
0.00 
0.18 

27.57 
0.59 
0.02 
0.02 

28.20 
0.05 

28.25 

s ector T h ec no ogy c ases 
2010 

I High 
Reference Technology 

2777 
73 

250 

1130 . 

1702 
643 

27.2 
31.5 
23.7 
20.3 
15.7 
14.9 --
6.0 

63.5 

2.9 
2.0 

16.52 
0.62 
0.26 
5.18 
0.05 
0.58 
0.33 
0.79 
0.25 
2.90 
0.73 
0.14 
0.64 

28.98 

0.02 
0.00 

17.25 
3.44 
6.54 
0.85 
0.00 
0.17 

28.29 
0.64 
0.04 
0.02 

28.98 
0.05 

29.03 

2777 
73 

250 

1130 

1703 
643 

27.6 
32.2 
24.1 
20.3 
16.0 
1-4:9-
6.1 

63.5 

2.9 
2.0 

16.48 
0.61 
0.26 
5.15 
0.05 
0.58 
0.32 
0.79 
0.25 
2.90 
0.73 
0.14 
0.64 

28.91 

0.02 
0.00 

17.21 
3.44 
6.51 
0.85 
0.00 
0.17 

28.21 
0.64 
0.04 
0.02 

28.91 
0.05 

28.96 

2020 

I High 
Reference Technology 

3375 
87 

304 

1457 

1932 
701 

35.8 
42.0 
31.4 
23.7 
19.8 
1-1:4 -
6.5 

67.2 

3.0 
2.0 

17.10 
0.63 
0.27 
5.85 
0.05 
0.65 
0.35 
0.79 
0.28 
3.61 
0.73 
0.14 
0.69 

31.15 

0.01 
0.97 

16.56 
4.15 
7.63 
0.86 
0.00 
0.18 

30.37 
0.69 
0.07 
0.03 

31.15 
0.06 

31.21 

3379 
87 

304 

1457 

1933 
701 

36.1 
42.2 
32.2 
23.9 
20.7 
~17.8 

6.7 

67.4 

3.1 
2.1 

16.98 
0.62 
0.26 
5.66 
0.05 
0.63 
0.33 
0.79 
0.28 
3.60 
0.73 
0.14 
0.69 

30.77 

0.01 
0.98 

16.42 
4.14 
7.39 
0.85 
0.00 
0.18 

29.98 
0.69 
0.07 
0.03 

30.76 
0.06 

30.82 

2030 

I High Reference Technology 

4069 
101 
351 

1665 

2147 
721 

36.6 
42.1 
32.4 
27.9 
20.2 

- - 19;8 --
6.8 

70.0 

3.0 
2.0 

17.52 
0.64 
0.29 
6.44 
0.06 
0.72 
0.36 
0.60 
0.30 
4.22 
0.76 
0.15 
0.72 

32.98 

0.01 
1.34 

15.97 
4.79 
8.98 
0.87 
0.00 
0.18 

32.15 
0.72 
0.08 
0.03 

32.98 
0.06 

33.04 

4074 
101 
351 

1665 

2148 
721 

37.2 
42.6 
33.4 
28.2 
21.4 
20;6 

7.2 

70.6 

3.2 
2.2 

17.37 
0.62 
0.27 
6.14 
0.06 
0.67 
0.33 
0.80 
0.30 
4.18 
0.76 
0.15 
0.72 

32.37 

0.01 
1.35 

15.78 
4.75 
8.60 
0.86 
0.00 
0.18 

31 .54 
0.72 
0.08 
0.03 

32.37 
0.06 

32.43 

'EBS raters to a blend ol B5 percent ethanol (renewable) end 15 percent motor gasoline (nonrenewable). To address cold starting Issues, the percantaga ol ethanol varies 
seasonally. The annual average ethanol content ol74 percent Is used lor this forecast 

'Includes ethanol (blends ol 10 percent or less) and ethers blended Into gasonne. 
'Includes only kerosene type. 
'Diesalluellor on- and ott- road use. 
'Includes aviation gasonne and lubricants. 
Btu = British thermal unit 
Note: Totals may not equal sum ol components due to Independent rounding. Data lor 2006 are model results and may diller sllghUy from olflclal EIA deta reports. Side cases 

were run without the fully Integrated modeOng system, so not an potential feedbacks were captured. The reference case ratio ol electricity losses to electricity use was used to 
compute electricity losses for the technology cases. 

Source: Energy Information Administration, AE02008 National Energy ModeUng System runs AE02008.D030208F, and TRNHIGH.0031408A. 
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Results from Side Cases 

T bl a eD4. ey esu ts or ntegrated ec nology ases 
2010 2020 2030 

K R f T h c 0 
ConsumpUon and Emissions 2006 

ec~:~ogy~ Reference ~ec~~~~ogy ec~~~~ogyl Reference ~ec~~~ogy ec~~ogyl Reference ~ec~~~~ogy 
Energy Consumption by Sector 
(quadrffffon Btu) 

Residential .•...... . . . . . . . . .. . ..•. 10.77 11.73 11.66 11.64 12.79 12.30 12.00 13.73 12.88 12.29 
Commercial .•. ..•• . . . . .. . . . .. . ..• 8.25 8.66 8.62 8.57 10.30 10.03 9.73 11.69 11 .30 10.88 
Industrial' ....... . . •. • .......••..• 25.10 26.30 25.82 25.58 0 28.96 26.70 25.79 30.15 27.70 26.57 
Transportation ...••... .• •..... . ..• 28.20 28.98 28.98 28.92 31.18 31.15 30.80 33.00 32.98 32.44 
Electric Power" ······ ····· ········ 39.68 41.77 41.46 41.23 47.34 45.21 43.63 52.40 49.21 45.79 

Tots( ............ ... ..... . .. . .. 99.52 104.11 103.34 102.82 115.28 110.85 107.94 123.83 118.01 112.79 

Energy Consumption by Fuel 
(quadrlfffon Btu) 

Uqufd Fuels and Other Petroleum• .... 40.06 40.69 40.46 40.24 43.25 42.24 41 .30 45.16 43.99 42.68 
Natural Gas .•...••.. • ..•..••.. • . . 22.30 24.44 23.93 23.68 25.24 24.01 23.10 24.96 23.39 22.19 
Coal • •..•• • • . .•.... . ...•... . .•.. 22.50 23.06 23.03 23.01 28.11 25.87 24.82 33.61 29.90 28.00 
Nuclear Power . •.. ...••. • •. .... ... 821 8.31 8.31 8.31 8.98 9.05 9.15 8.85 9.57 8.99 
Renewable Energy" •• • .•.... . . • . •. • 6.27 7.42 7.43 7.39 9.52 9.50 9.39 11 .02 10.97 10.75 
Other• •.•.•.....••.•......•...•• 0.19 0.19 0.18 0.18 0.18 0.17 0.17 0.23 0.20 0.18 

Total .......................... 99.52 104.11 103.34 102.82 115.28 110.85 107.94 123.83 118.01 112.79 

Energy Intensity (thousand Btu 
per 2000 dollar of GOP) ............. 8.79 8.37 8.30 8.25 7.22 6.93 6.74 6.14 5.84 5.57 

Carbon Dioxide Emissions by Sector 
(mlfffon metric tons) 

ResldenUal •.. .• . . . • .... .• .. .•. .. • 338 356 355 354 385 374 367 396 372 354 
Commercial .... . .... .• . .•..•..• .. 213 215 215 215 242 241 238 259 258 257 
Industrial' •••• • ..•. . ..••.•.•. • ...• 1010 1074 1052 1044 1173 1069 1032 1193 1086 1038 
Transportation ........ • ..•. . .. .• .. 1985 1975 1976 1971 2074 2072 2047 2188 2188 2149 
BectrfcPower" .... ...... ... ...... 2344 2429 2413 2404 2827 2627 2509 3299 2948 2746 

0 Total •••••••••••••••••••••••••• 5890 6049 6011 5987 6701 6384 6193 7335 6851 6543 

Carbon Dioxide Emissions by Fuel 
(mlfffon metric tons) 

Petroleum .. .... .... ........ ..... 2581 2565 2555 2546 2692 2650 2607 2816 2767 2701 
Natural Gas ..••.......•••.....•.• 1163 1282 1256 1243 1325 1262 1216 1312 1231 1169 
Coal ••••..• .... .. .. . . .• .. •. ...• . 2134 2190 2188 2186 2671 2459 2359 3194 2841 2661 
Other .... .. ........ .. .......... 12 12 12 12 12 12 12 12 12 12 

Total •••••••••••••••••••••••••• 5890 6049 6011 5987 6701 6384 6193 7335 6851 6543 

Carbon Dioxide Emissions 
(tons per person) .................. 19.6 19.5 19.3 19.3 19.8 18.9 18.3 20.1 18.7 17.9 

'Includes energy for combined heat and power plants, except those whose prlmary business is to sell eledrlclty, or eledrlclty and heat, to the public. 
'Includes electrlclty-ilnly and combined heat and power plants Whose primary business is to sell electricity, or electricity and heat, to the public. 
'Includes petroleum-derived fuels and non-petroleum derived fuels, such as ethanol and blodlesel. Petroleum coke, Which Is a solld, Is Included. Also Included are natural gas 

planlllqufds, crude on consumed as a fuel, and liquid hydrogen. 
'Includes grld-<:Onnecled electricity from conventional hydroeledrlc; wood and wood waste; landnn gas; municipal waste; other biomass; wind; photovoltalc and solar thermal 

sources; and non-electric energy from renewable sources, such as acUve and passive solar systems, and wood; and both the ethanol and gasoline components of EBS, but not the 
ethanol component of blends less than 85 percenl Excludes eleclr!clty Imports using renewable sources and nonmarl<eted renewable energy. 

'Includes non-biogenic municipal waste and net eleclrlclty Imports. 
'Includes electricity-only and combined heat and power plants Whose primary business Is to seD eleclrlclty, or electricity and heal, to the public. Does not Include emissions from 

the nonblogenlc component of municipal waste because under lntemational guldeUnes lhasa are accounted for as waste, not energy. 
'Includes emissions from geothermal power and nonblogenlc emissions from municipal sofid waste. 
Btu = BriUsh thermal unll 
GOP = Gross domestic product 
Note: Includes end-t~se, fossil electricity, and renewable technology assumptions. Totals may not equal sum of components due to Independent rounding. Data for 2006 are 

model results and may dlHer sfightiy from official EIA data reports. 
Source: Energy Information Administration, AE02008 National Energy ModeUng System runs HTECHCOST.0031408A, AE02008.0030208F, and l TECHCOST.D032208A. 

0 
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Results from Side Cases 

0 Table 05. Key Results for Advanced Nuclear Cost Cases 
(Gigawatts, Unless Otherwise Noted) 

2010 2020 2030 
Net Summer Capacity, GeneraUon, 

2006 High I 
1
1 Low High I 

1
1 Low High II 

1
1 Low Emissions, and Fuel Prices Nuclear Reference Nuclear Nuclear Reference Nuclear Nuclear Reference Nuclear 

Cost Cost Cost Cost Cost Cost 

Capacity 
Coal • . . .•• . .•.•.•............... . ...• 309.8 316.0 316.0 316.0 343.8 343.1 341.5 415.1 406.1 389.8 
Oil and Natural Gas Steam .•..•.•• . .. • . . . 119.7 118.4 118.4 118.4 92.8 93.3 91.4 92.4 92.9 89.9 
Combined Cycle ················· ··· ... 176.5 190.0 190.0 190.0 196.8 196.7 196.8 213.5 210.0 208.4 
Combustion Turbine/Diesel ....••.••..• .. • 130.9 137.4 137.4 137.4 132.1 132.1 132.0 162.9 164.7 162.3 
Nuclear Power . . •........ . ........ . . .. . 100.2 100.9 100.9 100.9 108.9 110.9 113.6 104.4 114.9 136.6 
Pumped Storage ....•.•..•.•.••... •. . . . 21.5 21.5 21.5 21.5 21.5 21.5 21.5 21.5 21.5 21.5 
Fuel Cells .•....•..•..•..•••••••.•.•..• 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
Renewable Sources ............... .. ... 96.3 111.6 111.6 111.6 123.6 123.6 123.5 133.1 132.5 131.2 
Distributed Generation (Natural Gas) ..... .. 0.0 0.3 0.3 0.3 2.6 2.7 2.7 9.1 9.8 9.7 
Combined Heat and Power' ............ .. 27.9 30.7 30.7 30.7 40.5 40.4 40.5 51.8 51.8 52.4 

Total •• ••••••••••••••••••••••• • •• • •• 982.9 1026.7 1026.7 1026.7 1062.5 1064.2 1063.5 1203.8 1204.2 1201.8 

Cumulative Additions 
Coal • . . • . •. . .•.••••••••.•. , , ___ ~· ··· · 0.0. 7 -- _7J .J.J .3ZJ_ _ 3Z.(L _35.5 ...109.2 __lllll2_ _ _83.1!... _ ----- -
Oil and Natural Gas Steam ...... ..... .... 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
Combined Cycle . .................... . . 0.0 13.5 13.5 13.5 20.3 20.2 20.3 36.9 33.4 31.8 
Combustion Turbine/Diesel ............... 0.0 7.2 7.2 7.2 10.5 10.5 10.3 42.0 43.4 41.9 
Nuclear Power ..•.... . .......•••.. . . . . . 0.0 0.0 0.0 0.0 6.0 8.0 10.7 6.0 16.6 38.2 
Pumped Storage ......... .. ......... . .. 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
Fuel Cells .•... . •..••......... . .... . ... 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
Renewable Sources ................... . 0.0 15.2 15.3 15.3 27.3 27.3 27.2 36.8 36.2 34.9 
Distributed Generation .•••....•..•.•..• . . 0.0 0.3 0.3 0.3 2.6 2.7 2.7 9.1 9.8 9.7 
Combined Heat and Power' ......... ..... 0.0 2.9 2.9 2.9 12.6 12.5 12.7 23.9 23.9 24.5 

Total ••••••••••••••••••••••••••••••• 0.0 46.7 46.8 46.8 117.0 118.2 119.3 264.0 263.5 264.8 

0 Cumulative Retirements •••••••••••••••••• o.o 3.6 3.6 3.6 40.0 39.5 41.4 45.7 44.8 48.6 

Generation by Fuel (billion kllowatthours) 
Coal . . ..• . . .• . ........•......•.. . . ... 1966 2034 2034 2034 2332 2319 2310 2856 2787 2656 
Petroleum ......... .............. ... .. . 59 50 50 50 53 53 53 57 57 56 
Natural Gas .....................•..... 732 821 820 820 724 722 710 610 599 574 
Nuclear Power ............•.........•.. 787 797 797 797 854 868 888 837 917 1082 
Pumped Storage ........... .. ........ .. 0 1 1 1 1 1 1 1 1 1 
Renewable Sources ................ .... 351 424 424 424 521 522 523 557 558 554 
Distributed Generation ... .. .. . ........ . .. 0 0 0 0 1 1 1 3 4 4 
Combined Heat and Power' ...... ..... ... 152 169 169 169 238 238 239 313 313 317 

Total • •• •••• • ••••••••••••••••••••••• 4047 4294 4294 4294 4723 4723 4724 5234 5235 5243 

Carbon Dioxide Emissions by the Elec1ric 
Power Sector (million metric tons)2 

Petroleum ···· ······················ ·· 55 43 43 43 45 45 45 48 48 47 
Natural Gas . .•......•.. . ......•.•.•... 340 366 365 366 324 323 318 275 272 263 
Coal .•.. . . . . . . ..............••.•.. . .. 1938 1992 1993 1992 2259 2247 2241 2675 2615 2515 
Other" ... .. ........ ············ ····· · 12 12 12 12 12 12 12 12 12 12 

Total ••••••••••••••••••••••••••••••• 2344 2413 2413 2413 2641 2627 2616 3010 2948 2837 

Prices to the Electric Power Sector" 
(2006 dollars per million Btu) 

Petroleum ·· ················ ·········· 9.63 10.80 10.79 10.79 8.58 8.57 8.57 10.38 10.37 10.29 
Natural Gas .. . ...•.......•... . . .•..•.. 6.87 6.97 6.96 6.97 5.95 5.95 5.92 6.95 6.93 6.85 
Coal . . . . . . . . ....•.............. • . . . . • 1.69 1.84 1.84 1.84 1.72 1.72 1.72 1.80 1.78 1.76 

'Includes combined heat and power plants and electricity-only plants In commercial and Industrial sectors. Includes small on-site generating systems In the residential. commercial, 
and Industrial sectors used primarily lor OWIHISII generation, but which may also sell some power to the grid. Excludes oH11rid photovoltalcs and other generators not connected 
to the distribution or transmission systems. 

21ncludes electricity-only and combined heat and power plants whose primary business to sell electricity. or electricity and heat, to the public. 
'Includes emissions from geothermal power and nonblogenlc emissions from municipal waste. 
Btu = British thennal unit 
Note: Totals may not equal sum of components due to Independent rounding. Data lor 2006 are model results and may diHer sllghHy from official EIA data reports. 
Source: Energy lnlorrnaHon Administration, AE02008 National Energy Modeling System runs HCNUC08.0030308A, AE02008.0030208F, and LCNUCOB.D030308A. 

0 
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Results from Side Cases 

Table 06. Key Results for Electric Power Sector Fossil Technology Cases 0 
(Gigawatts, Unless Otherwise Noted) 

2010 2020 2030 
Net Summer Capacity, Generation 

2006 High Fosslll Rete 1 ~ow Fossn ~lgh Fossill R ~ 1 llow Fossil ~lgh Fossill R ~ 1 tow Fossn Consumption, and Emissions 
Cost renee Cost Cost e erence Cost Cost e erence Cost 

Capacity 
Pulverized Coal ..••...••.. . . .... ...•.•. 309.3 315.5 315.5 315.5 341.5 338.2 325.3 397.5 376.1 331 .7 
Coal Gasification Combined-Cycle .•..•••.• 0.5 0.5 0.5 0.5 3.1 4.8 17.6 4.7 30.0 94.6 
Conventional Natural Gas Combined-Cycle •. 176.5 190.0 190.0 190.0 192.3 192.1 192.1 194.5 192.1 192.1 
Advanced Natural Gas Combined-Cycle ••... 0.0 0.0 0.0 0.0 0.5 4.6 8.7 0.9 17.9 37.4 
Conventional Combustion Turbine ........ . 130.9 136.6 136.5 136.5 128.2 127.9 127.7 132.1 128.4 125.7 
Advanced Combustion Turbine •..••..•.•.. 0.0 0.8 0.9 0.9 7.9 4.2 3.1 37.9 36.3 25.8 
Fuel Cells .•••.••••• •. .. •.••.. ......... 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
Nuclear ... ········ ··· ············ ···· 100.2 100.9 100.9 100.9 111.2 110.9 109.9 121.5 114.9 105.4 
Oil and Natural Gas Steam •.........•.•.. 119.7 118.4 118.4 118.4 91.3 93.3 94.6 90.9 92.9 92.6 
Renewable Sources/Pumped Storage .•....• 117.8 133.1 133.1 133.1 145.5 145.1 144.4 154.1 154.0 150.8 
Distributed Generation ..•••.......••.•..• 0.0 0.3 0.3 0.3 2.7 2.7 1.5 12.6 9.8 5.7 
Combined Heat and Power' ·············· 27.9 30.7 30.7 30.7 40.6 40.4 40.5 52.1 51.8 51 .0 

Total ••••••••••••••••••••••• • ••••••• 982.9 1026.7 1026.7 1026.7 1065.0 1064.2 1065.4 1198.9 1204.2 1212.8 

Cumulative Additions 
Pulverized Coal ..•..•...•.......•.•.•.• 0.0 7.7 7.7 7.7 36.0 32.7 19.8 92.2 70.7 26.4 
Coal Gasification Combined-Cycle . ....... . 0.0 0.0 0.0 0.0 2.5 4.3 17.1 4.2 29.5 94.1 
Conventional Natural Gas Combined-Cycle •. 0.0 13.5 13.5 13.5 15.8 15.5 15.5 17.9 15.5 15.5 
Advanced Natural Gas Combined-Cycle •. . .• 0.0 0.0 0.0 0.0 0.5 4.6 8.7 0.9 17.9 37.4 
Conventional Combustion Turbine ......... 0.0 6.4 6.3 6.3 6.9 6.4 6.3 10.7 7.1 6.3 
Advanced Combustion Turbine •. . .•..•.... 0.0 0.8 0.9 0.9 7.9 4.2 3.1 37.9 36.3 25.8 
FueiCeils •.••..•.•.•.. . . . • •. .....•.•.. 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
Nuclear ············ ···· ··· ··········· 0.0 0.0 0.0 0.0 8.4 8.0 7.0 23.1 16.6 7.0 
011 and Natural Gas Steam .. . • . . •••.•••.• 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
Renewable Sources .. . ········ ········· 0.0 15.3 15.3 15.3 27.7 27.3 26.6 36.3 36.2 33.0 
Distributed Generation ... • .• . ..••. . • ..... 0.0 0.3 0.3 0.3 2.7 2.7 1.5 12.6 9.8 5.7 
Combined Heat and Power' .............. 0.0 2.9 2.9 2.9 12.8 12.5 12.6 24.2 23.9 23.1 

0 Total ••••••••••••••••••••••••••••••• 0.0 46.8 46.8 46.8 121.2 118.2 118.2 260.1 263.5 274.4 

Cumulative Retirements ••••••••• • •••••••• 0.0 3.6 3.6 3.6 41.8 39.5 38.3 46.8 44.8 47.0 

Generation by Fuel (billion ldlowatthours) 
Coal .••..•. •. ....• .. ··•··••••···· ...• 1966 2034 2034 2034 2334 2319 2319 2749 2787 2917 
Petroleum ........ .................... 59 50 50 50 53 53 51 58 57 52 
Natural Gas •.•........ • . . . .....•.•.... 732 820 820 820 704 722 733 575 599 588 
Nuclear Power .•..• • .. .... .. .....•••.•. 787 797 797 797 871 868 861 967 917 845 
Renewable Sources/Pumped Storage •...... 351 425 425 425 523 523 524 558 559 553 
Distributed Generation . •.. . . .........•... 0 0 0 0 1 1 1 4 4 2 
Combined Heat and Power' .............. 152 169 169 169 240 238 238 315 313 308 

Total ••••••••••••••••••••••••••••••• 4047 4294 4294 4294 4727 4723 4727 5225 5235 5266 

Fuel Consumption by the Electric Power 
Sector (quadrillion Btu)" 

Coal .. .••. ••••••.• . .•.•••..••• ..•• • •• 20.48 21 .01 21.01 21.01 23.84 23.67 23.54 27.45 27.55 27.62 
Petroleum ... .... ...... .. ............. 0.64 0.56 0.56 0.56 0.59 0.59 0.57 0.63 0.63 0.59 
Natural Gas ..•........• ........•• ..... 6.42 6.89 6.89 6.89 5.99 6.09 6.12 5.06 5.13 4.83 
Nuclear Power . . . . •. ..... . ... .. .... .... 8.21 8.31 8.31 8.31 9.08 9.05 8.98 10.08 9.57 8.81 
Renewable Sources .................... 3.74 4.52 4.53 4.52 5.66 5.64 5.66 6.10 6.13 6.06 

Total ••••••••••••••••••••••••••••••• 39.62 41.42 41.41 41.41 45.29 45.16 45.00 49.46 49.13 48.04 

Carbon Dioxide Emissions by the Electric 
Power Sector (million metric tons)" 
Coal ..•.••........... ... .. •.•.. .•.•.. 1938 1992 1993 1992 2263 2247 2235 2608 2615 2623 
Petroleum ····· ··· ···· · ··············· 55 43 43 43 45 45 44 49 48 45 
Natural Gas ..••.• • ........•....••••... 340 366 365 366 318 323 325 268 272 256 
Other1 ............................... 12 12 12 12 12 12 12 12 12 12 

Total ••••••••••••••••••••••••••••••• 2344 2413 2413 2413 2639 2627 2616 2938 2948 2937 

11ncludes combined heel end power plants and electrlcUy-only plants In lhe commercial and lndustrfal sectors. Includes smaD on-site generetlng systems In lhe residential. 
commen:lal, end lnduslrlal seciOr!l used primarily lor own-use generation. but which may also sell some power to lhe grid. Excludes olf-grld photovollalcs end other generators not 
comecled to the dlslrlbuUon or transmission systems. 

'Includes electricity-only and combined heat end power plants whose primary business to sell electricity. or electricity and heat. to lhe pubnc. 

0 'Includes emissions lrom geothermal power end nonblogenlc emissions lrom municipal weste. 
Btu = British !henna! unll 
Note: Totals may not equal sum al components due to Independent rounding. Data lor 2006 are model results and may diller sllghUy from official EIA deta reports. 
Source: Energy Information Administration, AE02008 NaUonal Energy Modeling System runs HCFOSSOB.D030308A, AE02008.0030208F. and LCFOSSOB.D030308A. 
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Results from Side Cases 

0 T bl D a e 7. K ey R esu ts for R enewa bl h eTec nology c ases 
2010 2020 2030 

Capacity, Generation, and Emissions 2006 High Low High 
1
11 Low High •II II Low Renewable Reference Renewable Renewable Reference Renewable Renewable Reference Renewable 

Cost Cost Cost Cost Cost Cost 

Net Summer capacity (gigawatts) 
Electric Power Sector' 

Conventional Hydropower •• . • •. . ••• 76.72 76.73 76.73 76.73 77.35 77.26 77.13 77.35 77.32 77.32 
Geothermal" •••••• .• • • • • ••• • ••.. • 2.29 2.50 2.50 2.50 3.15 3.28 3.26 4.06 4.18 3.96 
Municipal Waste• . .. ..... . ..... . .. 3.39 3.99 3.99 3.92 4.06 4.02 3.96 4.07 4.06 3.97 
Wood and Other Biomass• ......... 2.01 2.20 2.20 2.20 4.56 4.39 4.53 5.33 5.58 6.48 
Solar Thermal ·· ···· ······ ··· .... 0.40 0.54 0.54 0.54 0.82 0.82 0.82 0.86 0.86 0.86 
Solar Photovoltalc . ...... .. .. .. . .. 0.03 0.07 0.07 0.07 0.22 0.22 0.22 0.39 0.39 0.39 
Wind ···· ·· ····· ······· ··· · .... 11.50 25.61 25.61 25.61 31.53 33.64 36.92 36.57 40.15 43.80 
Total ......................... 96.34 111.63 111.63 111.57 121.68 123.62 126.83 128.63 132.54 136.77 

End-Use Sector" 
Conventional Hydropower . • . ••. • ••• 0.70 0.70 0.70 0.70 0.70 0.70 0.70 0.70 0.70 0.70 
Geothermal ....... ............ .. 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 
Municipal Waste• ••••.•• • • • ••• ••• • 0.35 0.35 0.35 0.35 0.35 0.35 0.35 0.35 0.35 0.35 
Wood and Other Biomass . . •. • •• • . • 4.64 4.87 4.89 4.95 8.32 8.57 8.95 11.97 12.60 13.13 
Solar Photovoltalc . . . ... . . .... . . .. 0.27 0.67 0.67 0.70 1.01 1.13 1.23 1.39 2.80 3.97 
Wind ······· ......... ....... ... 0.04 - 0.04 - 0;04 - o:Q4---();(rf ·------o;o9- - 0;11- - ();1g- - o:2D .33 - - - --
Total ··········· ·········· ···· 6.00 6.63 6.65 6.74 10.45 10.85 11.33 14.60 16.72 18.48 

Generation (billion kllowatthours) 
Electric Power Sector' 

Coal .... .. . ....... .. .. .. .. . . . .. 1966 2035 2034 2035 2316 2319 2315 2784 2787 2777 
Petroleum .. ...... ... ..... ...... 59 50 50 50 52 53 53 56 57 56 
Natural Gas ..... .... . .. .. .... ... 732 821 820 820 728 722 720 606 599 593 
Total Fossil ••••• • •••••••••••••• 2757 2905 2903 2904 3097 3093 3088 3447 3443 3426 

Conventional Hydropower ••••••• • • • 285.07 289.47 289.47 289.47 298.51 298.00 297.16 298.72 298.53 298.35 
Geothermal . ....•. • • • .•••• • •• • .• 14.84 17.52 17.52 17.52 22.95 23.96 23.80 30.13 31.05 29.32 
Municipal Waste3 • • •• • • •••••••• • •• 13.46 18.85 18.85 18.30 19.44 19.08 18.67 19.48 19.47 18.70 

0 
Wood and Other Biomass• ..... .... 10.97 21 .75 22.98 22.42 86.48 77.53 68.58 92.57 82.55 71 .51 

Dedicated Plants . . .... . .. ....... 9.06 10.94 11 .06 11 .21 28.80 27.74 28.50 34.54 36.64 42.84 
Coflring ... ........ ... ......... 1.91 10.80 11 .92 11 .22 57.68 49.79 40.07 58.03 45.91 28.68 

Solar Thermal ·· ········· · ······· 0.49 1.15 1.15 1.15 2.04 2.04 2.04 2.18 2.18 2.18 
Solar Photovoltalc • . • . • . • •••••••• • 0.01 0.16 0.16 0.16 0.52 0.52 0.52 0.96 0.96 0.96 
Wind . . ··········· ····· ········ 25.78 72.85 74.13 73.50 89.99 101.23 113.36 105.86 123.18 137.80 
Total Renewable ............ ... 350.62 421.75 424.27 422.53 519.94 522.35 524.12 549.91 557.91 558.82 

End-Use Sector" 
Total Fossil .. ..... .... ... ...... . 99 115 115 115 156 157 158 201 198 200 

Conventional Hydropower' ........ . 3.24 3.24 3.24 3.24 3.24 3.24 3.24 3.24 3.24 3.24 
Geothermal .... .... ..... .. ...... 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 
Municipal Waste• . • •• • .••• . ••••• • • 2.06 2.82 2.82 2.82 2.82 2.82 2.82 2.82 2.82 2.82 
Wood and Other Biomass .• . . • • • •. • 28.44 29.83 29.98 30.29 55.52 57.00 59.20 83.13 86.99 89.54 
Solar Photovoltalc .. .. .. .. .... .... 0.43 1.07 1.07 1.12 1.61 1.85 2.01 2.22 4.76 6.75 
Wind .. .. ... ···· ·· ····· ·· · ..... 0.06 0.06 0.06 0.06 0.09 0.13 0.15 0.27 0.38 0.48 

Total Renewable . . ............. 34.22 37.02 37.17 37.53 63.30 65.05 67.43 91.69 98.19 102.84 

Carbon Dioxide Emissions by the 
Electric Power Sector 
(million metric tons)' 

Coal .......... .......... ..... .. . 1938 1994 1993 1993 2243 2247 2246 2610 2615 2609 
Petroleum ..... .. .. .. ........ .... 55 43 43 43 45 45 45 48 48 47 
Natural Gas •. . • • . • .• . • • ••.• . • •. •• 340 366 365 366 326 323 323 275 272 270 
Other 1 

• • ••••• • . . . . •• •• • . •••• • .•. 12 12 12 12 12 12 12 12 12 12 
Total ················· ········· 2344 2414 2413 2414 2625 2627 2626 2945 2948 2938 

'Includes eleclridly-only and combined heal and power planls whose primary business Is to sell electrldly, or electrlclly and hea~ to the pubnc. 
'Includes hydrothermai111Sources only (hot water and sleam). 
'Includes biogenic municipal waste, landllU gas, and municipal sewage sludge. lncremenlel growth Is assumed Ia be for landrdl gas facllltias. 
'Includes projec1Jons for anergy crops alter 2010. 
1lncludes combined heat and power plants and alactrldly-only plan Is In the commardal and Industrial seciOIS; and small on·slla generedng systems In the resldenUal, commardal, 

and Industrial sectors used primarily for own-use ganarallon, bul which may also sen soma power to lha grid. Excludes off-grid pholowllalcs and other generators not coMected 
to the distribution or lransmlsslon systems. 

11ncludes municipal wasta, landfill gas, and munldpal sewage sludge. All municipal wasta Is Included, although e portlon of tho municipal wasta stream con Ieins pelrolaum-darlvad 
plastics and other non-renewable sources. 

'Represents own-use Industrial hydroelectric power. 

0 
'Includes omissions from geothermal power and nonbioganlc omissions from munldpal waste. 
Nota: Totals may not equal sum of components due to Independent rounding. Data lor 2006 ere modal results and may differ slightly from official EIA data reports. 
Source: Energy Information Administration, AE02008 Nallonal Energy Modeling System runs HIRENCST08.0030408A, AE02008.0030208F. and LORENCST08.0030408A. 
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Results from Side Cases 

Table 08. Natural Gas Supply and Disposition, Oil and Gas Technological Progress Cases 
rillion Cubic Feet er Year, Unless Otherwise Noted 

Supply, Disposition, and Prices 

Natural Gas Prices 
(2006 dollars per million Btu) 

Henry Hub Spot Price .••..... • . . •. 
Average Lower 48 Wellhead Price' •• 

(2006 dollars per thousand cubic feet) 
Average Lower 48 Wellhead Price' • . 

Dry Gas ProducUon' ••• • •••••••••••• 
lower 46 Onshore .. •.. ••. ..• ..• •.. 

Associated-Dissolved .... ...• ..• . • 
Non-Associated •...• • ...•. • . . .•• 

ConvenUonal . •••. . ..•••.••. ... 
Unconventional •• .. • •. ... •. . . . . 

Lower 48 Offshore •••..••..•.•. • .•• 
Associated-Dissolved ..•...•••••.. 
Non-Associated •.• .• .• •. • • .•.... 

Alaska .•••...•. •• • ..• ....... • . • . 
Supplemental Natural Gas• ••...• . •.•. 

Net Imports ••••••••••••••••••••••• 
Pipeline• .•.•• . ..•.. • . . .•..•• .• ..• 
Uquefied Nature! Gas . . •.....• • .... 

Total Supply •••••••• • ••••••••••••• 

Consumption by Sector 
Residential ••.. . ...•.... . ••..... . . 
Commercial . . •....•• •.• ••••. . . . .. 
Industrial" •.• ... .... ... •..• . • ••• .. 
Electric Powe,. •.•... ••. ... .• .. •.. 
Transportation' ••.•••.••......• • •. 
Pipeline Fuel •. .••••. •• •.•••.. • ..• 
lease and Plant Fuel' ..• ... . .. •• . . . 

Total ••••••••••••••••••••• • •••• 

2006 

6.73 
6.24 

6.42 

16.51 
15.04 
1.42 

13.62 
5.14 
8.48 
3.05 
0.62 
2.43 
0.42 
0.06 

3.46 
2.94 
0.52 

22.03 

4.37 
2.83 
6.49 
6.24 
0.02 
0.58 
1.14 

21.66 

6.94 
6.19 

6.37 

19.27 
15.27 
1.41 

13.86 
4.82 
9.04 
3.58 
0.72 
2.86 
0.42 
0.06 

3.85 
2.64 
1.21 

23.18 

4.80 
2.95 
6.94 
6.69 
0.03 
0.62 
1.18 

23.23 

6.90 
6.16 

6.33 

19.29 
15.26 
1.41 

13.85 
4.81 
9.04 
3.61 
0.73 
2.88 
0.42 
0.06 

3.85 
2.64 
1.20 

23.20 

4.81 
2.96 
6.95 
6.70 
0.03 
0.62 
1.18 

23.25 

Rapid 
tchnology 

6 .86 
6.12 

6.30 

19.32 
15.26 

1.41 
13.84 
4.80 
9.05 
3.65 
0.74 
2.91 
0.42 
0.06 

3.85 
2.65 
1.20 

23.23 

4.81 
2.96 
6.96 
6.72 
0.03 
0.62 
1.18 

23.28 

6.13 
5.45 

5.61 

19.27 
13.90 

1.29 
12.61 

3.59 
9.02 
4.18 
0.93 
3.25 
1.19 
0.06 

3.60 
1.14 
2.46 

22.93 

5.13 
3.35 
6.88 
5.69 
0.07 
0.66 
1.20 

22.98 

5.95 
5.29 

5.44 

19.67 
14.16 

1.33 
12.83 

3.47 
9.36 
4.31 
0.97 
3.35 
1.19 
0.06 

3.55 
1.18 
2.37 

23.28 

5.15 
3.37 
6.93 
5.92 
0.07 
0.67 
1.22 

23.33 

5.69 
5.05 

5.20 

20.40 
14.70 
1.38 

13.32 
3.31 

10.01 
4.51 
1.02 
3.49 
1.19 
0.06 

3.41 
1.22 
2.19 

23.87 

5.17 
3.39 
6.99 
6.36 
O.D7 
0.69 
1.25 

23.92 

7.72 
6 .90 

7.10 

18.50 
12.82 

1.10 
11 .72 

3.57 
8.15 
3.32 
0.73 
2.59 
2.37 
0 .06 

3.23 
0.23 
3.00 

21 .80 

5.12 
3.63 
6.76 
4.37 
0.08 
0.68 
1.20 

21.85 

7.22 
6.45 

6.63 

19.44 
13.95 
1.20 

12.76 
3.23 
9.53 
3.47 
o.n 
2.69 
2.01 
0.06 

3.18 
0.33 
2.84 

22.68 

5.17 
3.67 
6.87 
4.99 
0.09 
0.70 
1.23 

22.72 

Rapid 
echnology 

6.66 
5.94 

6.11 

20.69 
15.21 

1.24 
13.97 

2.83 
11 .14 
3.47 
0 .83 
2.64 
2.01 
0.06 

2.73 
0.44 
2.29 

23.48 

5.22 
3.72 
7 .02 
5.49 
0.09 
0.72 
1.28 

23.53 

Discrepancy' • • • • • • • • • • • • • • • • • • • • • • 0.37 -o.o5 -o.o5 -o.o5 -o.o5 -o.o5 -o.o5 -o.o5 -o.os -o.04 

Lower 48 End ofYear Reserves .. .. .. 202.99 219.82 220.62 221.61 209.51 219.31 237.64 176.29 200.42 233.48 

'Represents lower 48 onshore and offshore supplies. 
'Marlle!ed producUon (we!) minus extracUon losses. 
'Syn!hedc na!ural gas, propane air, coke oven gas, refinery gas, biomass gas, air Infected for B!u slabl&zadon, and manufaclured gas commingled and dlslribu!ed wl!h na!ural 

gas. 
' Includes any na!ural gas regaslfied In !he Bahamas and lransported via plpeDne Ia Rorids. 
'Includes energy for combined heal and power plants, except !hose whose primary business Is Ia seD eledricily, or electridly and heat, Ia !he public. 
'Includes consumpdon of energy by electrtdly·<mly and combined heal and power plan!s whose prtmary business Is Ia seU eleclrtdly, or electricity and heal, Ia !he public. Includes 

small power producers and exempl wholesale generalors. 
'Compressed na!ural gas used as a vehicle fuel. Prtce Includes esUma!ed molar vehicle fuel !axes and esdma!ed dispensing costs or charges. 
'Represents nalural gas used In field ga!haring and precessing plan! machinery. 
'Balancing Item. Na!ural gas los! as a result of converting now dale measured a! varying !emperalures and pressures Ia a standand temperalure and pressure and !he merger 

of dllferen! da!a reporting syslems which vary In scope, lonna!, dafinldon, and responden!lype. In addldon. 2006 values Include net slorage Infections. 
B!u = Brtdsh !henna! unll 
Nota: To!als may not equal sum of components due Ia lndapandanl rounding. Da!a for 2006 are model rasults and may differ sllghUy from ollldal EIA dala reports. 
Saun:ea: 2006 supply values: Energy Information Administration (EIA), Natura/ Gas Morrlh/y, DOEIEIA.0130(2007104) (Washlnglon, DC, Aprt200n. 2008consumptlon based 

on: EIA, Annual Energy Review 2006, DOEIEIA.03B4(2008) (Washington, DC, June 2007). Pro)ectlona: EIA, AE02008 NaUonal Energy Modellng Sys!em runs 
OGL TECOB.D030508A, AE02008.0030208F, and OGHTECOB.D030508A. 
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Results from Side Cases 

0 Table 09. Liquid Fuels Supply and Disposition, Oil and Gas Technological Progress Cases 
(Million Barrels per Day, Unless Otherwise Noted) 

2010 2020 2030 
Supply, Disposition, and Prices 2006 

Slow ~~ Refarance ~~ Rapid ec~~;ogyl Rafarance ~e::O~ogy ec~~O:.ogyl Reference ~ ec~:~~gy echnology edlllology 

Prices (2006 dollars per barrel) 
Imported Low Sulfur Light Crude Oil • 66.02 74.11 74.03 73.96 60.00 59.70 59.39 71.11 70.45 70.03 
Imported Crude 0111 

••••••••••••••• 59.05 65.25 65.18 65.02 51.85 51.55 51.08 61.36 58.66 57.97 

Crude Oil Supply 
Domestic Crude Oil Produdion" 5.10 5.88 5.93 5.98 5.94 6.23 6.53 4.98 5.59 5.94 

Alaska . ...... .. .. .. .... ........ 0.74 0.69 0.69 0.69 0.69 0.70 0.70 0.29 0.30 0.30 
Lower 48 Onshore . . ... . ........ . 2.93 3.08 3.10 3.13 3.08 3.28 3.46 2.88 3.38 3.58 
Lower 48 Offshore ...... . . .. . ... . 1.43 2.12 2.14 2.16 2.17 2.25 2.37 1.80 1.92 2.06 

Net Crude Oil Imports . .. .... . . .. ... 10.09 9.61 9.60 9.58 10.01 9.75 9.53 11.50 11.03 10.78 
Other Crude Oil Supply . . . . . ........ 0.05 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 

Total Crude Oil Supply ••••••••••• 15.24 15.49 15.53 15.56 15.95 15.98 16.06 16.48 16.63 16.72 

Other Supply 
Natural Gas Plant Uqufds ... ...... .. 1.74 1.68 1.68 1.68 1.70 1.72 1.74 1.50 1.57 1.61 
Net.Produd Imports• . _ . .. .• _ 2.3L - 1..76 1...72 - 17'0 1.39- - 1.31-- .:l .2 - 'h38---'\..26 - 1..13 - -
Refinery Processing Gain' . ... . ... .. . 0.99 1.05 1.05 1.05 1.00 1.00 1.01 0.98 0.99 0.99 
Other Supply' .. ........ ....... ... 0.45 1.04 1.04 1.04 2.00 1.97 1.98 2.44 2.41 2.44 

Total Primary Supply' • • • ••• • • •••• ••• 20.74 21.01 21.02 21 .03 22.05 22.04 22.08 22.79 22.86 22.89 

Liquid Fuels Consumption by Sector 
Residential and Commercial . . ... . .. . 1.07 1.08 1.08 1.08 1.12 1.13 1.13 1.11 1.12 1.12 
Industrial' ..... . . . . .. ... . .... .. ... 5.15 5.06 5.06 5.06 4.79 4.79 4.80 4.71 4.73 4.73 
Transportation . ... . ............. . . 14.05 14.59 14.60 14.60 15.79 15.79 15.81 16.63 16.66 16.69 
Electric Power" .. ..... . .. ..... . .. . 0.29 0.25 0.25 0.25 0.26 0.26 0.26 0.28 0.28 0.28 

Total •••• • ••• • • • • • ••• •••• •••••• 20.65 20.98 20.99 21.00 21.96 21.96 21.99 22.74 22.80 22.83 

0 Discrepancy" •••••••••••••••••••••• 0.09 0.03 0.03 0.03 0.08 0.08 0.09 0.05 0.06 0.06 

Lower 48 End of Year Reserves 
(billion barrels)" ·· ················· 19.02 19.59 19.89 20.20 19.68 20.78 21.91 17.69 19.89 20.98 

1Welghted average price delivered to U.S. refiners. 
11ncludes lease condensate. 
•Includes nat Imports of finished petroleum products. unfinished oils. other hydrocarbons, alcohols, ethers, and blanding components. 
%a volumetric amount by which tolal outpulls greater than Input due to the processing of crude oil Into products which, In tolal, have a lower specific gravity than lha cruda oil 

processed. 
'Includes ethanol (Including Imports), alcohols, ethers, petroleum producl stock withdrawals, domasUc sources of blending components, other hydrocarbons, blodlesal (Including 

Imports), natural gas converted to liquid fuel, coal converted to Hquld fuel, and biomass converted to ftquid fuel. 
'Tolal crude supply plus natural gas plant Hquids, other Inputs, refinery processing gain, and nat product Imports. 
'Includes consumption lor combined heat and power, which produces alactrldty and other uselullharmal anergy. 
•Includes consumpUon ol anergy by alactrtclty-only and combined haat and power plants whose primary business Is to sail alactricity, or alaclrlclty and heat, to the public. Includes 

small power producers and exempt wholesale generators. 
"Balancing Ham. Includes unaccounted lor supply, losses and gains. 
Nota: Totals may not equal sum of components due to Independent rounding. Data lor 2006 are modal results and may diller sUghUy from official EIA data reports. 
Soun:u: 2006 product supplied data basad on: Energy lnlormaUon Admlnlstrallon (EIA), AnnUli/ Energy Review 2006, DOEIEIA-o3B4(2006) (Washington, DC, June 2007). 

2006 Imported low sulfur Dght crude oil price: EIA, Form EIA-856, "Monthly Foreign Crude OU Acquisition Report.• Other 2006 data: EIA, Petroleum Supply Annual 2006, 
DOEIEIA.0340(2006)/1 (Washington, DC, September 2007). Projections: EIA, AE0200B National Energy Modaftng System runs OGL TECOB.D03050BA, AE0200B.D030208F, 
and OGHTEC08.D030SOBA 

0 
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Results from Side Cases 

Table 010. Natural Gas Supply and Disposition, Liquefied Natural Gas Supply Cases 0 
(Trillion Cubic Feet per Year, Unless Otherwise Noted) 

2010 2020 2030 
Supply, Disposition, and Prices 2006 L::~~G I Reference I H~u~~G Low LNG I R ~ I High LNG Low LNG I Reference I High LNG 

Supply e erenca Supply Supply Supply 

Dry Gas Production' • • ••• •• •••••• ••• 18.51 19.46 19.29 19.30 20.52 19.67 18.57 20.63 19.44 16.86 
Lower 48 Onshore .. . ••... . . . .• . .. . 15.04 15.39 15.26 15.26 14.94 14.16 13.19 14.74 13.95 11.75 

Associated-Dissolved ..•...••.. . .. 1.42 1.41 1.41 1.41 1.34 1.33 1.33 1.20 1.20 1.19 
Non-Associated ········ ··· ·· ·· ·· 13.62 13.98 13.85 13.85 13.61 12.83 11.86 13.54 12.76 10.55 

Conventional .•. . ..•.• . ....• . •. 5.14 4.87 4.81 4.81 3.74 3.47 3.11 3.53 3.23 2.48 
Unconventional • • .... • •• • .. . ... 8.48 9.11 9.04 9.04 9.87 9.36 8.75 10.01 9.53 8.08 

Lower 48 Offshore • .. .• . .•. . .•• . • .. 3.05 3.65 3.61 3.61 4.38 4.31 4.19 3.53 3.47 3.10 
Associated-Dissolved ..•..•••... . . 0.62 0.73 0.73 0.73 0.97 0.97 0.97 0.78 0.77 0.76 
Non-Associated ····· ·· ···· ···· ·· 2.43 2.92 2.88 2.88 3.41 3.35 3.23 2.75 2.69 2.34 

Alaska ..• • .•..• • . • ..... • •..... .. 0.42 0.42 0.42 0.42 1.19 1.19 1.19 2.37 2.01 2.01 
Supplemental Natural Gas' .... ....... 0.06 0.06 0.06 0.06 0.06 0.06 0.06 0.06 0.06 0.06 

Net Imports ••••••••••••••••••••••• 3.46 3.67 3.85 3.85 2.36 3.55 5.71 1.56 3.18 8.33 
Pipeline• ..•. • .•... .. .••.........• 2.94 2.67 2.64 2.64 1.33 1.18 0.97 0.53 0.33 -o.19 
Uquelled Natural Gas ..• • ...• ... . .. 0.52 0.99 1.20 1.20 1.03 2.37 4.74 1.03 2.84 8.53 

Total Supply ...................... 22.03 23.19 23.20 23.20 22.94 23.28 24.35 22.26 22.68 25.25 

Consumption by Sector 
Residential .• • . • • . . •••... • .. . ••.. . 4.37 4.80 4.81 4.81 5.13 5.15 5.19 5.14 5.17 5.27 
Commercial .. .. •• . •. .. . . ..• . . .. . . 2.83 2.95 2.96 2.96 3.35 3.37 3.40 3.65 3.67 3.77 
Industrial' •••• . ••.. . .••.. ••• • .. . .• 6.49 6.95 6.95 6.95 6.87 6.93 7.04 6.82 6.87 7.19 
Bectrlc Power" ... .... .. .. .... .... 6.24 6.69 6.70 6.70 5.65 5.92 6.84 4.61 4.99 7.13 
Transportation• •••••...... . . . .. . .. 0.02 0.03 0.03 0.03 0.07 0.07 0.07 0.08 0.09 0.09 
Pipeline Fuel • ..• • . •.• .. ... ..•.. •• 0.58 0.62 0.62 0.62 0.67 0.67 0.68 0.70 0.70 0.73 
Lease and Plant Fuel' •.• .• . ..• . •.. • 1.14 1.19 1.18 1.18 1.25 1.22 1.17 1.29 1.23 1.12 

Total •••••••••••••••••••••••••• 21.66 23.23 23.25 23.25 22.98 23.33 24.39 22.30 22.72 25.30 

0 Discrepancy' ••••••• • •••••••••••••• 0.37 -o.o5 -o.o5 -o.o5 -o.o5 -o.o5 -o.o5 -o.os -o.o5 -o.04 

Lower 48 End of Year Reserves 202.99 221.15 220.62 220.63 226.28 219.31 212.07 207.46 20D.42 183.11 

Natural Gas Prices 
(2006 dollars per million Btu) 

Henry Hub Spot Price •.. .. • •• . • . . . 6.73 7.00 6.90 6.90 6.18 5.95 5.51 7.52 722 6.03 
Average Lower 48 Wellhead Price• . • 6.24 6.25 6.16 6.16 5.50 5.29 4.89 6.72 6.45 5.37 

(2006 dollars per thousand cubic feet) 
Average Lower 48 Wellhead Price• .. 6.42 6.43 6.33 6.34 5.66 5.44 5.03 6.92 6.63 5.52 

Delivered Prices 
(2006 dollars per thousand cubic feet) 

Residential .... . .. .... •.. •.. . ..• 13.80 12.61 12.52 12.52 11 .97 11.74 11.30 13.59 13.30 12.09 
Commercial ··· ·· ···· ··· ··· ···· · 11.85 11.00 10.91 10.91 10.43 10.20 9.77 12.07 11.78 10.59 
Industrial' . .•••. • . • •.• •• ...•. • .• 7.89 7.52 7.43 7.43 6.62 6.40 5.98 7.80 7.50 6.35 
Bectrlc Power" .•. . •... . .•..... . . 7.07 7.25 7.16 7.16 6.33 6.11 5.74 7.41 7.13 6.05 
Transportation•• .. .. .• ..•..•.. .. . 14.71 14.09 14.01 14.01 12.74 12.52 12.12 13.49 13.22 12.13 

Average" ........... ......... 9.49 9.06 8.97 8.97 8.47 8.22 7.72 9.96 9.63 8.25 

'Marketed production (wei) minus extraction losses. 
1SynlheUc natural gas, propane air, coke oven gas, reflnery gas, biomass gas. air Injected for Btu steblllzaUon, and manulactured gas commingled and dlslrtbuted with natural 

gas. 
'Includes any natural gas regasiHed In the Bahamas end transported via pipeline to Rorlda. 
41nctudes energy for combined heat and power plants, except lhasa whose primary business Is to sell electricity, or eleclrtclty and heat. Ia lhe public. 
'Includes consumpUon of energy by electricity-only and combined heat and power plants whose primary business is to sell electricity, or electricity and heat. to the public. Includes 

small power producers end exempt wholesale genemtors. 
'Compressed natural gas used as whide fuel. 
'Represents natural gas used In Held gathering and processing plant machinery. 
'Balancing Item. Natural gas lost as a result ol converung flow dale measured at varying temperatures and pressures to a standard temperatura and pressure and the merger 

ol different data reporting systems which vaty In scope, lonna!, deftnltlon, and respondent type. In addiUon, 2006 VBiues Include net storage injections. 
'Represents lower 48 onshore and offshore supplies. 
"Compressed natural gas used as a vehicle fuel. Price includes esUmated motor vehicle luellaxes and estimated dispensing costs or charges. 
11Welghled average prices. Weights used are the sectoral consumpUon values excluding lease, plant, and plpeUne fuel. 
LNG = Uquefied natural gas. 
Btu = Br!Ush lhennal unll 
Note: Totals may not equal sum ol components due to Independent rounding. Data for 2006 are model results and may diller sllghUy from official EIA dale reports. 

0 Soun:ea: 2006 supply values: Energy lnlonnallon AdmfnislraUon (EIA), Natura/Gas Monthly. DOEIEIA-0130(2007104) (Washington, DC, Aplil2007). 2006consumpllonbased 
on: EIA, Annual Energy Review 2006, DOEIEIA-0384(2008) (Washington, DC, June 2007). ProJections: EIA, AE02008 NaUonal Energy Modeling System runs 
LOLNG08.D0305086A, AE02008.0030208F. and HILNGOB.D030508A. 
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Results from Side Cases 

Table 011. Liquid Fuels Supply and Disposition, ANWR Drilling Case 
Million Barrels er Da , Unless Otherwise Noted 

Supply, Disposition, and Prices 

Crude Oil 
Domestic Crude Production' ···· ···· ·· · ··· · ··· 5.10 5.93 5.93 6.23 6.48 

Alaska . •• .... . • . .. ... . . .. . . . . .. . . .. • .. .. 0.74 0.69 0.69 0.70 0.95 
Lower 48 States . .. .. . . . •....•.. • .... . ...• 4.36 5.24 5.24 5.53 5.53 

Net Imports ······· · ·· ···· ····· ···· · ······· 10.09 9.60 9.60 9.75 9.53 
Other Crude Supply" .. • . . •• . ..... . ...•.. .... 0.05 0.00 0.00 0.00 0.00 

Total Crude Supply • •• • ••••••••••••••••••• 15.24 15.53 15.53 15.98 16.00 

Other Supply 
Natural Gas Plant Uqulds .. ... . .. .. ..... . . .. . 1.74 1.68 1.68 1.72 1.73 
Net Product Imports• .. .• . • .. . . • . .. . . •.. • ..•. 2.31 1.72 1.72 1.37 1.37 
Refinery Processing Gain• • . . .. . .. . .•.. . .• .... 0.99 1.05 1.05 1.00 1.01 
Ethanol" ••...•.•. . . .•. . . .. . ... . .. .• . ...• .. 0.36 0.81 0.81 1.41 1.41 
Biodiesel1 

•••• • • ••• • • • • .• • • ••• • . • • • • ••••• •• 0.02 0.04 0.04 0.07 0.07 
Uquids from Coal .. ...• . . . . . . . . • . . . .• . • ..• .. 0.00 0.00 0.00 0.15 0.13 
Uqulds from Biomass ....... .. · ··· · ······· ·· 0.00 0.00 0.00 0.14 0.14 
Olbe,a - • .. . - ·-· . ·--· · ·----- · · ····· · · · ··· · ··· - -0.07 0.18 -0.1-8 0.21 - 0.21 -

Total Primary Supply' • • •• • • ••••••••• • • • •••••• 20.74 21.02 21.02 22.04 22.08 

Liquid Fuels Consumption 
by Fuel 

Uquefted Petroleum Gases ·· · ···· ·· · · ·· · ... 2.05 2.05 2.05 1.86 1.86 
E851 . ... .. .. ..... . ... ..... . ... ..... . ... 0.00 0.00 0.00 0.67 0.67 
Motor Gasoline• ··· ···· ···· ··· · ·· ·· ···· ··· 9.25 9.59 9.59 9.24 9.24 
Jet Fuel'" ... ...... .. ... . .... ... . . ....... 1.63 1.66 1.66 2.01 2.01 
Distillate Fuel 01111 ..... .. .... .... .... ..... 4.17 4.40 4.40 4.91 4.91 
Residual Fuel 011 ··· · ······ ·· ··· ··· ······· 0.69 0.70 0.70 0.69 0.69 
Other" .. .. . . . .. . .. ·· ·· ·· ·· ··· .. ...... . 2.86 2.58 2.58 2.58 2.60 

by Sector 
Residential and Commercial . . . ..•... .... . ... 1.07 1.08 1.08 1.13 1.13 
Industrial'" •..... . ...• . ... _ . • •. . . .•. . . . ..• 5.15 5.06 5.06 4.79 4.80 
Transportation ··· · ····· ·· ···· · · ··· ······· 14.05 14.60 14.60 15.79 15.80 
Electric Power,. ··· ·· ······· ···· ·· ... ..... 0.29 0.25 0.25 0.26 0.26 

Total ··························· ·· ······· 20.65 20.99 20.99 21.96 21.98 

Discrepancy•• ···· ········ ····· ··· ··· ··· ·· ·· 0.09 0.03 0.03 0.08 0.10 

Imported Low Sulfur Ught Crude 011 Price 
(2006 dollars per barrel) . . .•.... . .. . .. . . . .. • .•. 66.02 74.03 74.03 59.70 59.46 
Imported Crude 011 Price11 

(2006 dollars per barrel) . •... . . .. . •. . . . . . . . . •. . 59.05 65.18 65.18 51 .55 51.00 
Import Share of Product Supplied (percent) • . • .. . . . 60.0 54.2 54.2 51 .6 50.5 
Net Expenditures for Imported Crude 011 and 

Petroleum Products (billion 2006 dollars) 264.86 254.07 254.07 207.19 200.42 

'Includes lease condensate. 
'Strategic petroleum reserve stock addiUons plus unaccounted for crude oil and crude stock withdrawals minus crude product supplied. 
'Includes other hydrocarbons and alcohols. 

ANWR 

5.59 6.28 
0.30 1.01 
5.30 5.27 

11.03 10.58 
0.00 0.00 

16.63 16.86 

1.57 1.60 
1.26 1.09 
0.99 1.04 
1.56 1.54 
0.08 0.08 
0.24 0.20 
0.29 0.30 

.t>.24 0,25 

22.86 22.97 

1.80 1.80 
0.92 0.90 
8.91 8.96 
2.31 2.31 
5.53 5.53 
0.70 0.70 
2.62 2.67 

1.12 1.12 
4.73 4.78 

16.66 16.68 
0.28 0.28 

22.80 22.86 

0.06 0.11 

70.45 69.78 

58.66 57.32 
54.3 51 .3 

261 .91 241.11 

'The volumetric amount by which total output Is greater than Input due to the processing of crude oil Into products which. In total. have a lower spadflc gravity than the crude oil 
processed. 

1lncludas net Imports. 
11ncludas petroleum product stock withdrawals; domestic sources of blanding components, other hydrocarbons, alcohols, and ethers. 
'Total crude supply plus all components of Other Supply. 
1EB5 refers to a blend of 85 percent ethanol (renewable) and 15 percent motor gasoline (nonrenewable). To address cold slar1lng Issues. the percentage of ethanol varies 

seasonally. The annual average ethanol content of 74 percent Is used for this forecast 
'Includes ethanol and ethers blended Into gasoline. 
10includas only kerosene type. 
11 lncludas dlstnlala and kerosene. 
"Includes avlaUon gasoline, liquefied petroleum gas, petrochemical feedstocks, lubricants. Willies, asphalt. road oil, sWI gas, special naphthas, petroleum coke, crude all product 

supplied. and miscellaneous petroleum products. 
"Includes consumpUon for combined heat and power (CHP), which produces alectrlcHy and other useful thermal anergy. 
"Includes consumpllon of anergy by electricity-only and combined heat and power plants whose prim Ill}' business Is to sell electricity, or electricity and heat, to the public. Includes 

small power producers and exempt wholesale generators. 
"Balancing Item. Includes unaccounted for supply, losses, and gains. 
"Weighted average price delivered to U.S. refiners. 
ANWA = Arctic NaUonal Wildlife Refuge. 
Nota: Totals may not equal sum of components due to Independent rounding. Data for 2006 are modal results and may dlffer slighUy from official EIA data reports. 
Soun:aa: 20061mported crude all price and petroleum product supplied based on: Energy lnformaUon Administration (EIA), Annual Enerpy Review 2006. DOEIEIA-o384(2006) 

(Washington, DC, June 2007). 20061mportad low sulfur light crude oil price: EIA, Form EIA-856, •Monthly Foreign Crude Oil Acqulslllon Report.' Other 2006 data: EIA, Pa/to/eum 
Supply Annua/2006, DOEJEIA..Q340(2006V1 (Washington. DC, September 2007). Pro)actlona: EIA. AE02006 NaUonaJ Energy Modeling System runs AE02008.DD30208F and 
ANWA200B.DD31006A. 

----
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Results from Side Cases 

Table 012. Key Results for Coal Cost Cases 
(Million Short Tons per Year, Unless Otherwise Noted) 

2015 2030 Growth Rata, 2006-2030 
Supply, Disposition, and Prices 2006 Low Coal I R ~ 1 I High Coal Low Coal I R f I High Coal Low Coal I R f I High Coal 

Cost 8 erance Cost Cost 8 erence Cost Cost e erence Cost 

Supply 
ProducUon' · ·· ··················· 1163 1240 1215 1180 1620 1455 1110 1.4% 0.9% -0.2% 

Appalachia . .. . . . . .....•• . ... ... 392 347 340 335 365 328 309 -o.3% -Q.7'Yo -1 .0% 
Interior .... ........ ....... ..... 151 189 193 186 241 241 236 2.0% 2.0'Yo 1.9% 
West • •••.•.•....• .• ••...•..•.• 619 703 682 659 1015 885 565 2.1% 1.5% -o.4% 

Waste Coal Supplled2 
••• • • ••• • ••••• 14 11 14 16 8 12 18 -2.0% -0.4% 1.1% 

Net Imports ... ... .... .. .......... -15 -5 -3 0 52 78 118 
Total Supply' ••••••••••••••••••• 1161 1245 1225 1197 1681 1545 1246 1.6% 1..2% 0.3% 

Consumption by Sector 
ResldenUal and Commercial ... ....• . 4 4 4 4 4 4 4 -Q.2% -o.2% -o.2% 
Coke Plants • •• ..•....•....•.. .• •. 23 21 21 21 19 18 18 -o.8% -o.9% -1.0% 
Other Industrial" .. •... •......... •.. 61 60 60 59 57 58 56 -o.2% -o.2% -0.3% 
Coal-to-Uquids Heat and Power . .. . . . 0 14 9 6 63 35 8 
Coai-to-Uquids Uquids ProducUon . ..• 0 12 7 5 53 29 6 
Electric Power" ····· ·· ·· ···· ··· ·· · 1026 1135 1125 1102 1485 1401 1155 1.5% 1.3% 0.5% 

Total Coal Use ••• • •••••••••••••• 1114 1245 1225 1197 1681 1545 1246 1.7% 1.4% 0.5% 

Average Minemouth Price' 
(2006 dollars per short ton) .. . ...... • 24.63 19.64 23.38 28.25 13.13 23.32 44.23 -2.6% -o.2% 2.5% 
(2006 dollars per million Btu) . •• . ...• . 1.21 0.98 1.17 1.41 0.67 1.19 2.21 -2.4% -o.1% 2.5% 

Delivered Prices7 

(2006 dollars per short ton) 
Coke Plants •. . ..•.•.•...... •. . . .. 92.87 82.67 92.85 105.20 65.65 94.68 131.91 -1.4% 0.1% 1.5% 
Other Industrial" ...••.. •• •.. .... ..• 51.67 45.43 49.16 54.03 38.70 49.91 69.85 -1.2% -o.1% 1.3% 
Coal to Uqulds .. . . . ..• . •• ...•. . .•• 15.03 14.44 17.29 12.42 20.60 32.23 
Bectric Power" 0 (2006 dollars per short ton) ........ 33.85 30.75 34.24 38.95 25.22 35.03 54.10 -1.2% 0.1% 2.0% 

(2006 dollars per million Btu) ...... • 1.69 1.56 1.74 1.97 1.28 1.78 2.69 ·1.1% 0.2% 2.0% 
Average •••••••••••••••••••• • 36.03 32.00 35.71 40.63 25.24 35.70 55.68 -1.5% -o.O% 1.8% 

Exports• ••• •. .• • ... . ...•..• ... •.. 70.93 64.55 71.83 79.72 55.19 79.44 95.10 -1.0% 0.5% 1.2% 

CumulaUve Electricity GeneraUng 
Capacity Additions (gigawatts)' 

Coal . • ..••.. • .....• .. ...•......• 0.0 22.7 18.4 14.2 134.8 104.2 40.1 
ConvenUonal: Pulverized Coal . . . . . . 0.0 18.0 15.8 11.9 99.8 70.7 33.5 
Advanced: IGCC . . ..•• •.. . ....... 0.0 4.8 2.6 2.3 34.9 33.5 6.6 

Petroleum ·· ····················· 0.0 0.5 0.5 0.5 0.9 0.9 1.0 
Natural Gas .......... • •..••.. . ... 0.0 28.0 28.3 29.8 91.7 94.9 97.6 
Nuclear • .. . . . . . .. ... .. .. .. . . . .. . 0.0 0.0 0.0 0.0 6.0 16.6 59.8 
Renewabies •• . . .• . . . . . . . . .. ..•. .. 0.0 22.9 23.2 22.6 47.8 46.9 44.9 
Other ..•••.. . ....•..•..•.• . ..•.. 0.0 -0.0 -o.o -o.o -o.o -o.o -o.o 

Total ••••••••••••• • •••••••••••• 0.0 74.1 70.5 67.1 281.0 263.5 243.4 

Uquids from Coal (million barrals per day) 0.00 0.10 0.06 0.04 0.43 0.24 0.05 

Labor Productivity 

Coal Mining 
(short tons per miner per hour) 6.26 8.36 6.71 5.29 14.93 7.25 2.98 3.7% 0.6% -3.0% 
Rail: Eastern Railroads (billion freight 
ton-miles per employee per year) ...•. 8.58 15.09 12.49 10.29 29.86 17.20 s.n 5.3% 2.9% 0.5% 
Rail: Western Railroads (billion freight 
ton-miles per employee per year) . .... 12.49 18.87 15.56 12.n 33.35 19.08 1o.n 4.2% 1.8% -0.6% 

0 
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Results from Side Cases 

Table 012. Key Results for Coal Cost Cases (Continued) 
(Million Short Tons Q_er Year, Unless Otherwise Noted) 

2015 2030 Growth Rate, 2006-2030 

Supply, Disposition, and Prices 2006 Low Coal I R ~ I High Coal Low Coal I R fa l High Coal Low Coal I R f , I High Coal 
Cost 8 er~nce Coat Cost 8 renee Cost Cost 8 erence Cost 

Cost Indices 
(constant dollar Index, 2006=1 .000) 

Transportation Rate Multipliers 
Eastem Railroads ..... .. ...... • .. 1.000 1.013 1.031 1.048 0.936 1.006 1.080 -0.3% 0.0% 0.3% 
Westem Railroads ··· ··· ········· 1.000 1.016 1.031 1.045 0.962 1.018 1.on -0.2% 0.1% 0.3% 

Equipment Costs 
Mining 

Underground . .. . . • • . . • . . . . . .. . 1.000 0.954 1.024 1.098 0.821 1.024 1.275 -Q.8"1o 0.1% 1.0% 
Surface ·· ······ ······· ... .... 1.000 0.933 1.001 1.073 0.803 1.001 1.246 -Q.9% 0.0% 0.9% 

Railroads .. ..... ... ..... ...... . 1.000 0.893 0.967 1.047 0.785 0.987 1.238 -1.0% -Q.1% 0.9% 

Average Coal Miner Wage 
(2006 dollars per hour) •• _ • • • • ••• _ • •• 22.08 20.58 22.08 23.67 17.71 22.08 27.49 -Q.9% 0.0% 0.9% 

'Includes anlhraclte, bituminous coel, subbltuminous coal, and lignite. 
1lncludes waste coeJ consumeclby lhulac;tric._power and industdal sedors. Waste-COal suppllecUs.counted.as.a-supply-side-ltem to balanca-lhe same-amounl-ol-wasle coeJ - - - - -

included In lha consumpUon data. 
•Production plus waste coeJ suppDed plus net imports. 
1lncludes consumption lor combined heat and power plants, except those plants whose primary business Is to sen electricity, or electricity and heat, to lhe public. Excludes all 

coal use in the coeJ to Dqulds process. 
1lncludes all electricity-only and combined heal and power plants whose primary business is to sell eledricity, or electrlclty and haat. to the pubftc. 
11ncludes reported prices lor bolh open market and captive mines. 
'Prices weighted by consumption tonnage; weighted average excludes residenUal and commercial prices, and export free-alongside-ship (l.a.s.) prices. 
1F.a.s. price at U.S. port of axil 
"Cumulative additions after December 31, 2006. Includes all addiUons of electricity only and combined heat and power plants projected for lhe electric power, industrial, and 

commercial sectors. 
"Includes conventional hydroelectric, geothermal, wood, wood waste, municipal solid waste, landfiU gas, olher biomass, solar, and wind power. Facililies co-firing biomass and 

coal are classified as coal. 
Btu = British thermal unll 
IGCC = Integrated gasification combined cycle. 
- - = Not appOceble. 
Note: Totals may not equal sum of components due to indepandent rounding. Date for 2006 are model resulls and may differ slighUy from official EIA date reports. 
Sources: 2006 data based on: Energy Information Administration (EIA), Annual Coal Report 2006, DOEJEIA-o584(2006) (Washington, DC, November 2007); EIA, Ouerterly 

Coal Report, Oclober·December 2006, DOEJEIA-{1121 (2006/40) (Washington, DC, March 2007); SeairiUes and Exchange Commlsslon Form 10K IIRngs (BNSF, Norfolk Soulhem, 
and Union Pacific), web site www.sec.gov; CSX Corporation, web sHe www.csx.com; U.S. Department of labor, Bureau of labor Stetlstics, Average Hourly Earnings of Production 
Worl<ers: Coal Mining, Series ID : ceu1 02121 0008; and EIA, AE02008 NaUonal Energy Modeling System run AE02008.0030208F. Pro)ecdana: EIA, AE02008 National Energy 
Modeling System runs LCCSTOB.0030508A, AE02008.0030208F, and HCCSTOB.D030508A. 
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Results from Side Cases 

T bl 013 E a e . nergy s upp1y, 1spos t1on, o· I. p· r1ces, an dE miSSIOnS, N atura IG as c ases 0 
2015 2030 

Restricted Combined Restricted Combined 

Supply, Disposition, and Prices 2006 Restricted Non-Natural High Restricted Non-Natural High 
Reference Natural Gas Gas Pemand/Lo~ Reference Natural Gas Gas pemand/Low 

Supply Electricity Natural Gas Supply Electricity Natural Gas 
Generation Supply Generation Supply 

Production {quadrillion Btu) 

Crude Oil and Lease Condensate • •• •• 10.80 13.25 12.21 13.27 12.23 12.04 10.17 12.10 10.24 
Natural Gas Plant Uqulds •••••• •• ••• 2.36 2.29 2.28 2.30 2.28 2.11 2.05 2.32 2.26 
Dry Natural Gas •••••• • • ••••• • • • •.• 19.04 20.08 19.97 20.30 20.53 20.00 17.46 22.26 19.48 
Coal' • .. •• • •••• • •• •• •. •.•• • • . ••• 23.79 24.48 25.22 23.99 24.05 28.63 29.38 21 .39 22.33 
Nuclear Power • •.•.••• • ••••• • • • ••• 8.21 8.41 8.41 8.29 8.29 9.57 10.12 7.88 7.88 
Hydropower • • . • •••.• •• • • •••• •• ••• 2.89 2.99 3.00 2.99 3.02 3.00 3.01 3.07 3.10 
Biomass• • • • • • • ••• • • •• . .• • ••••.• • 2.94 5.12 5.18 5.05 5.04 8.12 8.04 8.46 8.59 
Other Renewable Energy" ••• • • •• •. •• 0.88 1.75 1.82 1.74 1.88 2.45 3.05 2.96 3.94 
Other" ······ ·· ······· ······ ·· ··· 0.50 0.58 0.59 0.58 0.59 0.64 0.64 0.66 0.63 

Total •••••••••••••••••••••••••• 71.41 78.96 78.67 78.50 n.92 86.56 83.92 81.09 78.44 

Net Imports {quadrillion Btu) 

Uquld Fuels and Other Petroleum• •••• 26.70 24.23 25.26 24.24 25.34 26.52 28.82 26.62 28.96 
Natural Gas ••• • •••• • •••••••• ••• •• 3.56 4.15 2.95 4.25 3.05 3.28 2.03 4.70 3.06 
Othe,. ·· ·········· ··· ······ ···· · ..().28 ..().09 ..().09 ..().01 0.02 1.86 1.98 2.80 2.90 

Total •••••• • ••••••• • ••••••••••• 29.99 28.29 28.12 28.49 28.41 31.66 32.83 34.12 34.92 

Consumption {quadrillion Btu) 

Uquld Fuels and Other Petroleum• • ••• 40.06 41 .80 41 .81 41 .80 41 .88 43.99 44.79 44.05 44.90 
Natural Gas •••••••••• • •••••• • •••• 22.30 24.35 23.05 24.67 23.70 23.39 19.20 27.08 22.26 
Coal1 

•• . ••• . . • •••••••••••••. . ••• 22.50 24.19 24.92 23.81 23.88 29.90 30.74 23.91 24.90 
Nuclear Power ••••••••• ••. ••••• •• • 8.21 8.41 8.41 8.29 8.29 9.57 10.12 7.88 7.88 
Hydropower • • •• • •• • •• •• • ••• •• • ••• 2.89 2.99 3.00 2.99 3.02 3.00 3.01 3.07 3.10 
Biomass• •• • •. • ••••••.••••• • . • ••• 2.50 3.60 3.66 3.53 3.53 5.51 5.47 5.84 5.98 
Other Renewable Energy3 •• • • • ••• • •• 0.88 1.75 1.82 1.74 1.88 2.45 3.05 2.96 3.94 
Other•• ••.••• ••••.••. •••• • ••• • •• • 0.19 0.17 0.17 0.17 0.18 0.20 0.23 0.27 0.33 

0 Total •••••••••••••••••••••••••• 99.52 107.26 106.83 107.00 106.36 118.01 116.60 115.05 113.28 

Prices {2006 dollars per unit) 

Imported Low SuHur Ugh! Crude Oil 

{dollars per barrel) •••••• • •••••• • ••• 66.02 59.85 60.44 59.86 60.49 70.45 71.62 70.57 71 .79 
Natural Gas Wellhead Price" 

{dollars per thousand cubic feet) •• • • • •. 6.42 5.36 6.13 5.43 6.48 6.63 9.61 7.57 12.55 
Coal Minemoulh Prlce12 

(dollars per ton) ••••••• • ••••• • •• • .• 24.63 23.38 23.72 28.29 28.43 23.32 23.88 44.35 45.27 

Average Electrlclty Price 
(cents per kOowatlhour) •• • • • •.•••••. 8.9 8.5 8.8 8.7 9.1 8.8 9.3 10.0 12.1 

Carbon Dioxide Emissions by Fuel 
{million metric tons) 

Petroleum ····· ·· ··· ······ ···· ··· 2581 2636 2638 2637 2644 2767 2837 2787 2862 
Natural Gas •. .• ••••• • .••••...•••• 1163 1279 1210 1296 1245 1231 999 1427 1157 
Coal .. ••••• .•• •••... .• •••• •••• •• 2134 2299 2369 2262 2270 2841 2921 2264 2271 

Total •••••••••• • ••••••••••••••• 5890 6226 6229 6207 6171 6851 6769 6490 6303 

'Includes waste coal. 
'Includes grtcH:onnected electricity from wood and waste; biomass, such as com, used lor fiquld fuels production; and nOIHIIectrlc energy demand from wood. 
'lndudes grid-connected electrtdty from landfln gas; biogenic municipal waste; wind; photovoltalc and solar lhermal sources; and nDIHIIeclric energy from renewable sources, 

such as active and pesslve solar systems. Exdudes electrldty Imports using renewable sources and nonmarketed renewable energy. 
'lndudes non-biogenic munldpal waste, liquid hydrogen, melhanol, and some domestic Inputs to reftnerfes. 
11ndudes crude all, ftnlshed petroleum produdls, unfinished ofis, alcohols, elhers. blending components, and renewable fuels such as ethanol. 
'Includes coal, coal coke, end eledrfclty. 
71ndudes petroleum-<lerfved fuels and non-petroleum dertved fuels, such as elhanol, blodiesel, and coel-besed synthetic liquids. Petroleum coke, which Is a solid. Is induded. 

Also lnduded are natural gas plant liquids, crude on consumed as a fuel, and fiquld hydrogen. 
'Exdudes coal converted to coal-besed synthetic Dqulds. 
'Includes grkkonnecled electrldty from wood and wood waste. norHllectrlc energy lrom wood, and bloluels heat and coproducts used In lhe producUon of liquid luels, but 

exdudes lhe energy content of lhe Rquld fuels. 
"Includes non-biogenic municipal waste and net electrtdty Imports. 
"Represents lower 48 onshore and offshore supplies. 
"Includes reported prices lor bolh open market and captive mines. 
Btu ~ BrtUsh lhermal unll 
Note: Totals may not equal sum of components due Ia Independent rounding. Date lor 2006 are model resulls and may cftlfer sllghtiy from ollidal EIA date reports. 
Sources: 2006 natural ges supply values and nalural gas wellhead prtce: EIA, Natural Gas Monlhty, DOEIEIA-Q130(2007/04) (Washington, DC, April 2007). 2006 coal 

mlnemouth prtce: EIA, Annual Coal Report 2006, DOE/EIA-o584(2006) (Washington. DC, November 2007). 2006 petroleum supply values: EIA, Patrolaum Supply Annual 2006, 
DOEIEIA-o340(2006)11 (Washington, DC, September 2007). 20061ow sullur light crude on prtce: EIA, Form EIA-856, "Monlhty Foreign Crude 011 AcqulsiUon Report." Other 2006 

0 coal values: Quartarty Coal Report, Octobar-Dacambar 2006, OOE/EIA-Q121(2006/4Q) (Washington. DC, March 2007). Other 2006 values: EIA, Annual Energy Review 2006, 
DOEIEIA-o384(2006) (Washington, DC, June 2007). ProJections: EIA, AE0200B National Energy Modeling System runs AE0200B.D03020BF, and LOGASSUP.D0304QBA, 
HIGASDEM.D030408A, end HDEMLSUP .D030408A. 
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Results from Side Cases 

Table 014. Natural Gas Supply and Disposition, Natural Gas Cases 
(Trillion Cubic Feet per Year, Unless Otherwise Noted) 

Supply, Disposition, and Prices 

Dry Gas Production' ••• • ••••• • •••••• 
Lower 48 Onshore •..•.••.• . ..•. . •. 

Associated-Dissolved ..•• . .•••.•• • 
Non-Associated • • .•••....•. . ..•. 

Conventional .• . •• • •....•..•.. • 
Unconventional . . .• • ... . . ... ••. 

Lower 48 Offshore • . .•. • •. .. .. • .. . • 
Associated-Dissolved ...•. .• •.•••• 
Non-Associated . . ... . . . . . . • . . . . . 

Alaska .• • . ....• . .•• . •.... . . • .. .. 
Supplemental Natural Gas' •.. • • . •.. •• 

2006 

18.51 
15.04 

1.42 
13.62 
5.14 
8.48 
3.05 
0.62 
2.43 
0.42 
0.06 

Reference 

19.52 
14.81 

1.40 
13.41 
3.96 
9.45 
4.32 
0.95 
3.37 
0.38 
0.06 

2015 

Restricted 
Natural Gas 

Supply 

19.41 
14.83 

1.32 
13.51 
4.25 
9.26 
4.20 
0.90 
3.30 
0.38 
0.06 

Restricted 
Non-Natural 

Gas 
Electricity 
Generation 

19.73 
14.98 

1.40 
13.59 
4.02 
9.56 
4.36 
0.95 
3.41 
0.38 
0.06 

Combined 
High 

pemandllow 
Natural Gas 

Supply 

19.95 
15.30 

1.32 
13.98 
4.44 
9.53 
4.27 
0.90 
3.37 
0.38 
0.06 

Reference 

19.44 
13.95 
120 

12.76 
3.23 
9.53 
3.47 
0.77 
2.69 
2.01 
0.06 

2030 

Restricted 
Natural Gas 

Supply 

16.97 
12.57 

1.00 
11.57 
3.86 
7.71 
3.50 
0.72 
2.77 
0.90 
0.06 

Restricted 
Non-Natural 

Gas 
Electricity 
Generation 

21.64 
15.65 

1.20 
14.45 
3.86 

10.59 
3.62 
0.78 
2.84 
2.37 
0.06 

Combined 
High 

pemand/Low 
Natural Gas 

Supply 

18.93 
14.17 

1.01 
13.16 
4.48 
8.68 
3.65 
0.74 
2.90 
1.12 
0.06 

-Net Imports •••••• • ••••••• -;-••••••• --:- - 3;46 - 4.03" - 2".87·--<~.1 - ""2.96 - -,.18 ;gr - --4:sr- - u r---
Pipeline .. . • . .. .. • . ..•• . ...•..• . . 2.94 1.91 1.83 1.95 1.93 0.33 0.93 0.74 1.94 
Uquefled Natural Gas •• • .. • . . .• ... . 0.52 2.12 1.03 2.18 1.03 2.84 1.03 3.83 1.03 

Total Supply • • • •• • •••••••••••••••• 

Consumption by Sector 
Residential .. . . .... . . •. . • . • . •. . . .. 
Commercial . . . . • . . ....•.•. • ...• . . 
Industrial' •.•.. . .• .. . . ...•..•...•. 
Natural Gas-to-Uquids Heat and Power' 
Natural Gas-to-Uquids Production• .... 
Electric Power" • . .•••.•• . • •• .•.• .. 
Transportation' . . ••. . .••.. • .• . .... 
Pipeline Fuel . • ..•. .. • • . • . • .•••. . . 
Lease and Plant Fuel' •• ... •..• ... .. 

Total • •••• • •••••••••• • ••• •• •• •• 

Lower 48 End of Year Reserves 

Natural Gas Prices 
(2006 dollars per million Btu) 

Henry Hub Spot Price •. . . •• .•. . .•. 
Average Lower 48 Wellhead Price• •. 

(2006 dollars per thousand cubic feet) 
Average Lower 48 Wellhead Price• .. 

Delivered Prices 
(2006 dollars per thousand cubic feet) 

Residential ....... • •.... • ...•. .. 
Commerclal . . • .. . .. . . . ...... .. . 
Industrial' . . . .. .. . .•... .•. .••..• 
Electric Power" •.• , • •.•........ • . 
Transportation 10 

• • ••• • • •• • • • • • ••• 

Average" •••••••••••••••••••• 

'Matl<eted producllon (wei) minus extrac1lon losses. 

22.03 

4.37 
2.83 
6.49 
0.00 
0.00 
6.24 
0.02 
0.58 
1.14 

21.66 

202.99 

6.73 
6.24 

6.42 

13.80 
11 .85 
7.89 
7.07 

14.71 
9.49 

23.61 

5.01 
3.20 
7.00 
0.00 
0.00 
6.56 
0.06 
0.64 
1.19 

23.66 

227.01 

5.87 
5.21 

5.36 

11.54 
9.97 
6.33 
6.10 

12.71 
8.00 

22.34 

4.95 
3.14 
6.80 
0.00 
0.00 
5.65 
0.05 
0.61 
1.19 

22.39 

209.85 

6.69 
5.96 

6.13 

12.39 
10.80 

7.12 
6.84 

13.46 
8.89 

23.92 

5.01 
3.19 
6.99 
0.00 
0.00 
6.88 
0.06 
0.64 
1.20 

23.97 

228.55 

5.94 
5.28 

5.43 

11.61 
10.04 

6.41 
6.19 

12.78 
8.06 

22.98 

4.92 
3.12 
6.74 
0.00 
0.00 
6.35 
0.05 
0.62 
1.21 

23.02 

212.55 

7.06 
6.30 

6.48 

12.74 
11.13 
7.48 
7.23 

13.80 
9.18 

22.68 

5.17 
3.67 
6.87 
0.00 
0.00 
4.99 
0.09 
0.70 
1.23 

22.72 

200.42 

7.22 
6.45 

6.63 

13.30 
11.78 

7.50 
7.13 

13.22 
9.63 

19.00 

4.92 
3.46 
5.53 
0.20 
0.27 
2.84 
0.08 
0.53 
1.10 

18.92 

156.39 

10.37 
9.34 

9.61 

16.53 
14.93 
10.61 
9.90 

16.24 
13.13 

26.27 

5.09 
3.63 
6.49 
0.00 
0.00 
8.91 
0.08 
0.78 
1.34 

26.31 

214.14 

8.21 
7.35 

7.57 

14.26 
12.72 
8.51 
8.24 

14.17 
1027 

21.96 

4.74 
3.30 
5.40 
0.28 
0.38 
6.06 
0.07 
0.58 
1.19 

22.01 

165.54 

13.47 
12.20 

12.55 

19.61 
17.94 
13.63 
13.14 
19.16 
15.67 

'SynlheUc natural gas, propene air, coke oven gas, refinery gas, biomass gas, air Injected lor Btu slabiUzellon, and manufactured gas commingled end distributed wllh natural 
gas. 

'Includes energy lor combined heal end power plants, except !hose whose primary business Is 1o sell electrlclly, or eleclrlclly end heal, lo lhe pubDc. 
'Includes any natural gas used in lhe process of converting natural gas 1o nquld fuel !halls not actually converted. 
'Includes any natural ges !halls converted Into Dquld fuel. 
'Includes consumption of energy by electricity-only and combined heal and power plants whose primary business Is to sell electrlclly, or electrlclly and heat.lo lhe public. Includes 

smaD power producetS end exempt wholesale generators. 
' Compressed natural ges used as vehicle tuel. 
'Represents natural gas used in field galherlng and processing plan! machinery. 
'Represents lower 48 onshore end oHshore suppDes. 
"'Compressed natural gas used as a vehicle tuel. Prlce Includes estimated molar vehicle fuel taxes and estimated dispensing costs or charges. 
"Weighted average prlces. Weights used are lhe sectoral consumption values excluding lease, plan!, and pipeline fuel. 
Btu = Brillsh thennal unll. 
Note: Totals may not equal sum of components due to Independent rounding. Date lor 2006 are model results and may diller sllghUy from official EIA date reports. 
Sourcee: 2006 supply values: Energy Information AdmlnlstreUon (EIA), Natural Gas Monthly, DOEIEIA~130(2007104) (Washington, DC, Aprll2007). 2006 consumption based 

on: EIA, Annual Energy Review 2006, DOEIEIA~3B4(2006) (Washington, DC, June 2007). Projections: EIA, AE02008 National Energy Modeling System runs 
AE0200B.D03020BF, end LOGASSUP.D030408A, HIGASDEM.D030408A, and HDEMLSUP.00304011A. 
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Results from Side Cases 

Table 015. Electricity Generating Capacity, Natural Gas Cases 0 (Gigawatts, Unless Otherwise Noted) 
2015 2030 

Restricted Combined Restricted Combined 
Net Summer Capacity' 2006 Restricted Non-Natural High Restricted Non-llatural High 

Reference Natural Gas Gas Pemand/Lo" Reference Natural Gas Gas pemand/Low 
SUpply Electricity Natural Gas Supply Electricity Natural Gas 

Generation Supply Generation SUpply 

Capacity 
Coal .. • • .. . . . •••. . •.. . .. • . . . .•. .. . 309.8 323.9 336.0 318.3 319.0 406.1 436.3 319.1 336.3 
011 and Natural Gas Steam •.•.•.... . .. 119.7 93.6 84.7 99.0 94.5 92.9 83.3 97.6 92.5 
Combined Cycle ···· ····· ········ ·· · 176.5 192.4 192.3 195.0 194.8 210.0 195.2 289.1 255.3 
Combustion Turbine/Diesel • . • . •. . •. . • . 130.9 130.0 123.7 130.8 129.8 164.7 153.3 145.3 144.2 
Nuclear Power .... . .• •..• .•. • ••.••.• 100.2 102.1 102.1 102.1 102.1 114.9 121.5 114.9 114.9 
Pumped Storage .....• . ..• . ..• .. ... . 21.5 21.5 21 .5 21.5 21 .5 21 .5 21.5 21.5 21 .5 
Fuel Cells ....... •• .•...•.....•....• 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
Renewable Sources ··· ····· ··· ····· · 96.3 117.3 119.1 117.4 118.6 132.5 142.4 138.4 142.6 
Distributed Generation (Natural Gas) .. .. 0.0 0.9 0.5 1.0 0.4 9.8 5.1 6.0 3.1 
Combined Heat and Power' .. . .. ..... . 27.9 34.6 34.1 34.6 34.1 51.8 49.9 53.1 53.0 

Total •••••••••••••••••••••••••••• 982.9 1016.3 1013.8 1019.6 1014.7 1204.2 1208.4 1185.0 1163.4 

CumulaUve AddiUons 
Coal •...•• • ...•..•... • .•• • .•.•.••. 0.0 17.5 28.3 11.3 11 .3 100.2 129.4 12.1 28.6 
Oil and Natural Gas Steam . .• . .. . .. . . . 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
Combined Cycle ..... ...... ...... ... 0.0 15.8 15.8 18.5 18.3 33.4 18.7 112.6 78.8 
Combustion Turbine/Diesel •• • ...•. • .•• 0.0 8.4 8.1 10.1 9.2 43.4 39.9 25.7 25.1 
Nuclear Power • • . ••...••.•••.•.•.. • . 0.0 0.0 0.0 0.0 0.0 16.6 23.1 16.6 16.6 
Pumped Storage .. . . ••..•..••. • . .. .• 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
Fuel Cells • . . . . •. . • •. .. . .•• • • • . • . • .. 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
Renewable Sources .............. ... 0.0 21.0 22.8 21.1 22.3 36.2 46.1 42.1 46.2 
Distributed Generation .. • •.. .• . ...• ••• 0.0 0.9 0.5 1.0 0.4 9.8 5.1 6.0 3.1 
Combined Heat and Power' ··· ········ 0.0 6.8 6.2 6.7 6.2 23.9 22.0 25.2 25.1 

0 Total •••••••••• • ••••••••••••••••• 0.0 70.5 81.5 68.7 67.6 263.5 284.2 240.3 223.6 

Cumulative Retirements ••••••••••••••• 0.0 38.9 52.4 33.8 37.7 44.8 61.4 40.9 45.7 

Generation by Fuel {billion kllowaHhours) 
Coal ...•• • • . ..•• . . . . ..• .••• .. •.. •. 1966 2154 2235 2115 2122 2787 2904 2136 2256 
Petroleum ················ ········· 59 51 52 51 59 57 90 61 152 
Natural Gas .•.•.•.. •. ..•...• • .. • • .. 732 806 684 848 785 599 310 1218 809 
Nuclear Power .... • ...•.•. •. ..•...•. 787 807 807 795 795 917 970 756 756 
Pumped Storage •...••. • ..• .• •.... . . 0 1 1 1 1 1 1 1 1 
Renewable Sources ...... ......... .. 351 469 482 464 474 558 602 613 652 
Distributed Generation .. .. •.. • . . .•..•. 0 1 0 2 0 4 2 5 1 
Combined Heat and Power' ... ... .... . 152 197 193 197 193 313 294 318 301 

Total •••••••••••••••••••••••••••• 4047 4485 4455 4473 4429 5235 5174 5107 4928 

Carbon Dioxide Emissions by the Electric 
Power Sector (million metric tons)" 

Petroleum ······ ·· ··· ········· ··· ·· 55 44 45 44 51 48 78 54 116 
Natural Gas ..... .. . . . .. .... . ... . ... 340 358 308 375 347 272 155 486 331 
Coal . .. .• ....... . .. . .•• .. . . . • .••. . 1938 2105 2176 2072 2080 2615 2698 2088 2097 
Other' ..... .... ..... .......... .... 12 12 12 12 12 12 12 13 13 

Total •••••••••••••••••••••••••••• 2344 2519 2541 2503 2490 2948 2943 2640 2557 

Prices to the Electric Power Sector" 
(2006 dollars per million Btu) 

Petroleum .......... ............ .. . 9.63 8.45 8.55 8.47 8.36 10.37 10.10 9.91 10.55 
Natural Gas ..•. . . . . ..... . . . . .• .. .. . 6.87 5.93 6.66 6.02 7.03 6.93 9.63 8.02 12.78 
Coal • ..•. •. ... ... .... . ••. . ...• . •.. 1.69 1.74 1.76 1.97 1.98 1.78 1.81 2.69 2.76 

'Includes combined heat and power plants and electrldty-<lnly plants In commercial and Industrial sedOrs. Includes small on-slle genera ling systems In lhe residenUal, commercial, 
and lnduslrial sectors used prtmartly for own-<JSe generation, but which may also sen some power to lhe grid. Excludes oH-grld photovollalcs and olher generators not connected 
to lhe dlslributlon or ltansmlsslon systems. 

11ncludes eleclriclty-only and combined heat and power plants whose primary business to sell electrk:lty, or electrk:lly and heat, to the pub ftc. 
'Includes emissions from geolhermal power and nonblogenlc emissions from municipal waste. 
Blu = British lhermal unit -
Note: Totals may not equal sum of components due to Independent rounding. Data for 2006 are model results and may differ sflghUy from official EIA data reports. 

0 Sourcea: 2006 capacity and projected planned additions: Enargy Information Administration (EIA), Form EIA-860, 'Annual Electric Generator Report'" (preliminary). Projections: 
EIA, AE02008 National Energy ModeUng System runs AE0200B.D030208F, and LOGASSUP.00304011A. HIGASDEM.0030408A, and HDEMLSUP.D03040BA. 
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Results from Side Cases 

Table 016. Electricity Generating Capacity, Commodity Cost Cases 
Gi awatts, Unless Otherwise Noted 

Net Summer Capacity, Generation, 
Emisslone, and Fuel Prices 

Capacity 
Coal • ..• •.... .. .•.•...... •. . • . . . . .. • . 
Oil and Natural Gas Steam .. • . .•...• . .... 
Combined Cycle . • ..•.. . ..• . .. . . . . . .. •. 
Combustion Turbine/Diesel ...•. • .. .• • . . .. 
Nuclear Power ••. •.• ..•..•• • ........ . . . 
Pumped Storage . ••.. •. • .. •... . ... . • . .. 
Fuel Cells . • . . • . ..•.. . ..... • . . .. . . • • . .. 
Renewable Sources . . . . . . . . . . . . . . . • . . . 
Distributed Generation (Natural Gas) . ... •• . 
Combined Heat and Power' . ..... •• . . . • . . 

Total •••••••••••••••••••••••• • •.••••• 

Cumulative Additions 

2006 

309.8 
119.7 
176.5 
130.9 
100.2 
21.5 

0.0 
96.3 

0.0 
27.9 

982.9 

Low 
ommodl 

Cost 

316.0 
118.4 
190.0 
137.4 
100.9 
21.5 

0.0 
111.6 

0.3 
30.8 

1026.7 

316.0 
118.4 
190.0 
137.4 
100.9 
21.5 

0.0 
111.6 

0.3 
30.7 

1026.7 

High 
ommodl 

Cost 

316.0 
118.4 
190.0 
137.4 
100.9 

21 .5 
0.0 

111.9 
0.2 

30.8 
1026.8 

Low 
ommodl 

Cost 

344.4 
95.6 

197.6 
132.1 
113.6 

21 .5 
0.0 

125.4 
4.0 

41.1 
1075.4 

2020 

343.1 
93.3 

196.7 
132.1 
110.9 

21 .5 
0.0 

123.6 
2.7 

40.4 
1064.2 

High 
mmocll 
Coat 

337.3 
92.7 

193.5 
140.1 
102.9 

21 .5 
0.0 

120.3 
0.5 

40.0 
1048.8 

Coal .. • . . .•.•• . . .. - · • .. • -···· ..• . · ~ • . 0.0 . 
0.0 
0.0 
0.0 
0.0 
0.0 
0.0 
0.0 
0.0 
0.0 
0.0 

_7J_ -

0.0 
:TJ -
0.0 

7..'L --..38.2..--31,().._ 3.1..5. 
0.0 

16.9 
20.1 

0.0 
0.0 
0.0 

Oil and Natural Gas Steam .•. . ... • .• . •. . . 
Combined Cycle .. ........ .... ....... . . 
Combustion Turbine/Diesel ......... •. . . .. 
Nuclear Power • .. .• . . .... •.... ..••. . . . . 
Pumped Storage . •. . ..• • .• • . . ... . ...• .. 
Fuel Cells .•• . • . . . .. . ... .. .. • .. . ... . .. . 
Renewable Sources . ... . ... . ... ... .... . 
Distributed Generation . ........ . ...... . . . 
Combined Heat and Power' .. . .. • • • .... . . 

Total ••••••••• • ••••••••• • . ••••• • • • •• 

Cumulative Retirements •••••••••••••••• • • 

Generation by Fuel (billion kllowatthours) 
Coal .... .. .... .. .. .. .... ... .. .. .. .. . . 
Petroleum ..... .•. . • . • •.. .. . ... • . . . . . . 
Natural Gas . . •.. • ...... . .. . ... .. ..• . . . 
Nuclear Power •.. .. ..... . . . .. •. .•.. . . . • 
Pumped Storage . . .• . . .. . . ... . .• .•... . . 
Renewable Sources . .• . . ... . .• . . .. . . •.. 
Distributed Generation .. ... ..... ..... .. . . 
Combined Heat and Power' .... ..•. . . . . . • 

Total • • • •••••••••••••••••• • •• • . ••••• 

Carbon Dioxide Emissions by ths Electric 
Power Sector (million metric tons)l 

Petroleum .... .... ....... ... . .. .. .. .. . 
Natural Gas .... .. ......... .. .. .. .. .. .. 
Coal . . . ..... . •..• . .• • ..• • . . •. .. . .. . . . 
Other' ... .. . . .. .• .. . . ... . • ... .. . . . . . . 

Total ••••••••••••••••••••••• • ••••••• 

Prices to the Electric Power Sector 
(2006 dollars per million Btu) 

Petroleum . .... .. .. .. . .. .. .. . . .. .. . . .. 
Natural Gas .... . . .... . .. ... . . . .... . • .. 
Coal . . . . . . ..... .. ........ . ..... . .. .. . 

Average Electricity Price 
(2006 cents per kllowatthour) 

0.0 

1966 
59 

732 
787 

0 
351 

0 
152 

4047 

55 
340 

1938 
12 

2344 

9.63 
6.87 
1.69 

8.9 

13.5 
7.2 
0.0 
0.0 
0.0 

15.2 
0.3 
2.9 

46.8 

3.6 

2034 
50 

823 
797 

1 
423 

0 
169 

4296 

43 
367 

1993 
12 

2414 

10.81 
6.93 
1.84 

9.1 

13.5 
7.2 
0.0 
0.0 
0.0 

15.3 
0.3 
2.9 

46.8 

3.6 

2034 
50 

820 
797 

1 
424 

0 
169 

4294 

43 
365 

1993 
12 

2413 

10.79 
6.96 
1.84 

9.2 

0.0 0.0 0.0 
13.5 21 .1 20.2 

7.1 10.1 10.5 
0.0 10.7 8.0 
0.0 0.0 0.0 
0.0 0.0 0.0 

15.5 29.1 27.3 
0.2 4.0 2.7 
2.9 13.3 12.5 

46.9 126.6 118.2 

3.6 

2033 
49 

813 
797 

1 
427 

0 
169 

4289 

43 
363 

1991 
12 

2408 

10.81 
6.99 
1.84 

9.2 

36.7 

2343 
53 

698 
888 

1 
522 

2 
244 

4750 

45 
314 

2269 
12 

2640 

8.60 
5.66 
1.72 

8.4 

39.5 

2319 
53 

722 
868 

1 
522 

1 
238 

4723 

45 
323 

2247 
12 

2627 

8.57 
5.95 
1.72 

8.6 

24.0 
0.5 

12.2 
105.2 

42.0 

2235 
51 

814 
812 

1 
534 

1 
235 

4683 

44 
362 

2164 
12 

2582 

8.57 
6.34 
1.73 

9.0 

2030 

Low 
ommocll Reference 

Cost 

410.9 
93.4 

208.9 
155.8 
125.2 
21.5 

0.0 
135.2 

16.5 
52.5 

1219.7 

- 104.7-
0.0 

32.4 
35.6 
26.8 

0.0 
0.0 

38.9 
16.5 
24.6 

279.4 

45.2 

2809 
55 

533 
999 

1 
559 

6 
320 

5282 

47 
248 

2623 
12 

2931 

10.39 
6.58 
1.n 

8.5 

406.1 
92.9 

210.0 
164.7 
114.9 

21 .5 
0.0 

132.5 
9.8 

51.8 
1204.2 

.100.2 
0.0 

33.4 
43.4 
16.6 

0.0 
0.0 

36.2 
9.8 

23.9 
263.5 

44.8 

2787 
57 

599 
917 

1 
558 

4 
313 

5235 

48 
272 

2615 
12 

2948 

10.37 
6.93 
1.78 

8.8 

High 
mmocllty 
Cost 

393.2 
92.6 

209.8 
176.9 
98.4 
21 .5 

0.0 
124.1 

0.5 
54.1 

1171.0 

1.6 
0.0 

33.3 
56.9 
0.0 
0.0 
0.0 

27.8 
0.5 

26.2 
232.3 

46.8 

2664 
53 

749 
789 

1 
563 

1 
325 

5146 

46 
331 

2502 
12 

2890 

10.44 
7.55 
1.79 

9.7 

'Includes combined heat and power plants and electrlcily-only plants In a>mmerclal and Industrial sectors. Includes small on-site generaUng systems In the resldenUal, a>mmerclal, 
and Industrial sectors used primarily lor own-use generallon, but which may also sen some power to the grid. Excludes olfi!rid photovoltalcs and other generators not COMecled 
to the dlstribuUon or transmission systems. 

'Includes electricity-only and combined heat and power plants whose primary business to sell electricity, or electricity and hea~ to lha pubDc. 
'Includes emissions from geothermal power and nonblogenlc emissions from municipal waste. 
Btu = BriUsh thermal unll 
Note: Totals may not equal sum ol components due to Independent rounding. Data lor 2006 are model results and may diller stlghUy from official EIA data reports. 
Soun:e: Energy lnlormaUon Admlnlstrallon, AE02008 Nallonal Energy ModeDng System runs LC2008.D03030SA, AE02008.D030208F, and HC2008.D030308A. 
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Results from Side Cases 

Table 017. Oil and Gas Su , Commodi Cost Cases 0 
2010 2020 2030 

Production and Prices 2006 Low High Low High High 
ommodl Reference ommodl om mod Reference ommod ommodlty 

Cost Cost Cost Cost Cost 

Crude Oil 

Lower 48 Average Wellhead Prlce1 

(2006 dollars per barrel) •••••••••••••••• 60.18 79.17 78.45 78.00 52.26 52.54 52.85 60.77 60.59 62.05 

Production (million barrels per day)' 
United States Total •• • •• • ••. ••••• • •••• • 5.10 5.93 5.93 5.89 6.25 6.23 6.18 5.61 5.59 5.29 

Lower 48 Onshore •• •• ••••••. • ••••• .• 2.93 3.11 3.10 3.10 3.30 3.28 3.23 3.40 3.38 3.05 
Lower 48 Offshore • ••• ••••• ••• •••.• •• 1.43 2.14 2.14 2.10 2.25 2.25 2.25 1.92 1.92 1.95 
Alaska • •• •• ••• • •• • •• •••••• •. ••• • •• • 0.74 0.69 0.69 0.69 0.70 0.70 0.70 0.30 0.30 0.30 

Lower 48 End of Year Reserves' 
(billion barrels) ••• • •••••••••••••••••••• 19.02 19.91 19.89 19.79 20.86 20.78 20.60 19.94 19.89 18.79 

Natural Gas 

Prices (2006 dollars per million Btu) 
Henry Hub Spot Price . . ..... ... .... .. . . 6.73 6.88 6.90 6.92 5.66 5.95 6.34 6.87 7.22 7.74 
Average Lower 48 Wellhead Price• 6.24 6.13 6.16 6.17 5.02 5.29 5.65 6.13 6.45 6.92 

Prices 
(2006 dollars per thousand cubic feet) 

Average Lower 48 Wellhead Price• ••• ••• • 6.42 6.31 6.33 6.35 5.17 5.44 5.81 6.30 6.63 7.12 

Production (trillion cubic feet) •••••••••••• 18.57 19.37 19.36 19.28 19.25 19.73 20.36 18.98 19.50 20.61 
Dry Gas Production' ·· ················· 18.51 19.30 19.29 19.21 19.19 19.67 20.29 18.91 19.44 20.55 

Lower 48 Onshora . . .. ..... . .. . ... . . . 15.04 15.27 15.26 15.23 13.78 14.16 14.66 13.50 13.95 14.62 
Lower 48 Offshore .. .... . ...... ..... . 3.05 3.61 3.61 3.56 4.22 4.31 4.44 3.40 3.47 3 .56 

0 Alaska .... . ...... . ......... . ..... . . 0.42 0.42 0.42 0.42 1.19 1.19 1.19 2.01 2.01 2.37 
Supplemental Gaseous Supplies• •• ••••••• 0.06 0.06 0.06 0.06 0.06 0.06 0.06 0.06 0.06 0.06 

Net Imports (trillion cubic feet) ••••••••••• 3.46 3.88 3.85 3.83 3.98 3.55 3.53 3.35 3.18 3.14 
Pipeline .... . .............. . ....... .. 2.94 2.64 2.64 2.65 1.41 1.18 1.41 0.54 0.33 0.61 
Uquefled Natural Gas ............... .. . 0.52 1.24 1.20 1.18 2.57 2.37 2.12 2.81 2.84 2.54 

Total Supply (trillion cubic feet) •••••••••• 22.03 23.25 23.20 23.11 23.23 23.28 23.89 22.33 22.68 23.76 

Consumption by Sector (trillion cubic feet) 
Resldenllal •• ••..•• .• • ••••.• •.•• .• •. . • 4.37 4.81 4.81 4.80 5.18 5.15 5.11 5.20 5.17 5.12 
Commercial • . • •.•.• • •.••••• • •••••.•.• 2.83 2.96 2.96 2.96 3.39 3.37 3.34 3.69 3.67 3 .66 
Industrial" •• ••• ••••.. ••• •. •••••• •••• •. 6.49 6.97 6.95 6.91 7.02 6.93 6.85 6.95 6.87 6.85 
Electric Power' ··· ········ ··· ········ · 6.24 6.72 6.70 6.65 5.75 5.92 6.63 4.55 4.99 6 .06 
Transportation• • ... •• . •. • • . •• •••••• .• • 0.02 0.03 0.03 0.03 0.07 0.07 0.07 0.09 0.09 0.08 
Pipeline Fuel . ...... . ...... .... ..... . . 0.58 0.62 0.62 0.62 0.67 0.67 0.68 0.69 0.70 0.73 
Lease and Plant Fuel" . ..... ... ....... . . 1.14 1.18 1.18 1.17 1.20 1.22 1.25 1.21 1.23 1.29 

Total •••••••••••••••••••••••••••••• 21.66 23.30 23.25 23.15 23.28 23.33 23.93 22.37 22.72 23.80 

Lower 48 End of Year Dry Reserves 
(trillion cubic feet) ..................... 202.99 221.43 220.62 219.40 219.15 219.31 218.76 197.47 200.42 204.82 

Total Lower 48 Wells Drilled (thousands) ... 49.72 64.60 62.33 60.72 36.07 37.19 40.30 35.80 35.78 38.59 

'Represents lower 48 onshore and offshore suppfies. 
'Includes lease condensate. 
'Represents lower 48 onshore and offshore supplies. 
'Markeled production (wei) minus extraction losses. 
'Synthetic nalural gas, propane air, coke oven gas, refinery gas, biomass ges. air Injected lor Blu stabiUzation. and manufactured gas commingled and dlslributed wllh natural 

gas. 
'Includes energy lor combined heat and power plants, except those whose primary business Is to sell electridty, or electridty and heat, to the public. 
'Includes consumption ol energy by eleclridty-only and combined heat and power plants whose primary business Is to sell electridty, or electridty and heat, to the public. Includes 

sman power producers and exempt wholesale gllf18rators. 
'Compressed natural gas used as vehicle fuel. 
'Represents natural gas used In field gathering and processing plant machinery. 
Note: Totals may not equal sum of components due to Independent rounding. Data for 2005 and 2006 are model results and may differ sllghUy I rom olfldal EIA data reports. 
Sources: 20011 crude on lower 48 average wellhead price: Energy lnlonnation Administration (EIA), Petroleum MerlteUng Annue/ 2006, DOEJEIA-o487(2006) (Washington, DC, 

August 2007). 20061ower 48 onshore,lower48 offshore, and Alaska crude oil producUon: EIA, Pelto/Bum Supply Annusl2006, DOEJEIMl340(2006)11 (Washington, DC, September 

0 2007). 2006 nalural gas lower 48 average wellhead price, Alaska and total natural gas producUon, and supplemental gas suppnes: EIA, Nature/ Gas Monthly, DOEJEIA-
0130(2007/04) (Washington, DC, Apri12007). Other2006values: EIA, Olllceollntegreted Analysis and Forecasting. Pra)ecdons: EIA, AE0200B National Energy Modeling System 
runs LC2008.D03030BA, AE02008.D03020BF, and HC2008.003030BA. 
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0 Table 018. Energy Supply, Disposition, and Prices 
AE02008 R f C C d t th E I R I e erence ase om lare 0 e ar1y eease 

2010 2020 2030 
Supply, Disposition, and Prices 2006 R ,. I Early-Release R 1 I Early-Release Reference I Early-Release 

' ranee Reference 1 arance Reftrance Reference 

Production (quadrillion Btu) 
Petroleum' . . . . . .• .. .• .... • ......•. . . .. . . .• 13.16 15.03 14.92 15.71 16.02 14.15 14.30 
Dry Natural Gas . . • . . . . . . • . . . •. • • .. ... . • •... 19.04 19.85 19.61 20.24 20.28 20.00 20.41 
Coal" · ·· ····· ·· ······· ·· ··· ·· ·· ····· ·· ··· 23.79 23.97 23.31 25.20 25.61 28.63 31.16 
Nuclear Power • .... . . . . . ..• • •. •...... .•• ..• 8.21 8.31 8.31 9.05 9.15 9.57 9.89 
Hydropower •. .. .••. .•. . ....•••........ . ... 2.89 2.92 2.92 3.00 3.00 3.00 3.00 
Biomass• • . ..•.. • . . . • . . .. • . •. . ..••.. ... .. . 2.94 4.05 4.11 6.42 4.93 8.12 5.52 
Other Renewable Energy" ········ ··· ··· ··· ·· 0.88 1.51 1.50 2.00 1.99 2.45 2.49 
Other" ..... ... ··· ······ .. .... .. ...... .. .. 0.50 0.54 0.55 0.58 0.64 0.64 0.72 

Total .••.••. . . .. . . • . .. . . •• . ..•...•. • .•.. 71.41 76.17 75.22 82.21 81.62 86.56 87.48 

Net Imports (quadrillion Btu) 
Petroleum• . .. • .. • •. . . . . . . ..•.. ..•. . .. ... .• 26.70 23.93 24.49 24.03 26.72 26.52 31 .20 
Natural Gas ..... ..• .• . . . . • ........• . ... . .. 3.56 3.96 4.13 3.66 4.40 3.28 3.51 
Other Imports' • . . . . . . . . . . • . . • . . . . • • . • . • . . . • - -D:28 - -D.84 -6.2& -- -1~06 1.03 1:86--- - 1-;79 -----

Total . .. .. ..... .... ... ............ ······ 29.99 27.04 28.36 28.75 32.15 31 .66 36.50 

Consumption (quadrillion Btu) 
Uquld Fuels and Other Petroleum• ...•. • .. .. .. . 40.06 40.46 40.82 42.24 44.41 43.99 48.23 
Natural Gas ..• ... . • . • . . . . ........... .. .... 22.30 23.93 23.90 24.01 24.83 23.39 24.07 
Coal1 .. ... ... ..... ... .. ···· · .... .. ...... .. 22.50 23.03 22.94 25.87 2623 29.90 31 .71 
Nuclear Power . . . . . . ... . . .... .. ...... .•... • 8.21 8.31 8.31 9.05 9.15 9.57 9.89 
Hydropower . . . . . .. ..... . .. .... •.•.•..... . . 2.89 2.92 2.92 3.00 3.00 3.00 3.00 
Biomass•• .. . . .. . . . . .. . . . . ......... .. .... 2.50 3.01 3.08 4.50 3.83 5.51 4.17 
Other Renewable Energy" . . . ... . .. .. .. .. ... . . 0.88 1.51 1.50 2.00 1.99 2.45 2.49 

0 
Other" ... . . . . . .. . . ... . .. ...•... ... . . . .• . . 0.19 0.18 0.18 0.17 0.18 0.20 0.20 

Total .... .... ·· ··········· ·· ···· ·· ...... 99.52 103.34 103.64 110.85 113.61 118.01 123.76 

Prices (2006 dollars per unit) 
Imported Low Sulfur Ught Crude Oil Price 
(dollars per barrel) . .. . ......... ..... ..... ... 66.02 74.03 66.89 59.70 61 .05 70.45 71 .87 

Natural Gas Wellhead Price'" 
(dollars per thousand cubic feet) . . .....•.... • .• 6.42 6.33 6.09 5.44 5.42 6.63 6.60 
Coal Mlnemouth Price'" 
(dollars per ton) . . . . .. . . . .. . . .... .. .... •. . . . 24.63 26.16 24.53 22.51 22.63 23.32 23.45 
Average Electricity Price 
(cents per kllowatthour) . ..••• . . . • . ... . . . ..... 8.9 9.2 9.1 8.6 8.6 8.8 8.8 

Liquids Supply and Disposition 
(million barrels per day) 

Domestlc Crude Oil Productlon14 
• •• • ••••••• • ••• 5.10 5.93 5.91 6.23 6.39 5.59 5.63 

Net Petroleum Imports ......• ..• ....... ... •.• 12.41 11.32 11 .60 11.12 12.50 12.29 14.46 
Natural Gas Plant Uqulds ··· ·· ··· ····· ···· ··· 1.74 1.68 1.64 1.72 1.68 1.57 1.61 
Refinery Processing Galn11 

•• • •• • • ••• • • • •.• • • • 0.99 1.05 1.08 1.00 1.10 0.99 1.14 
Blofuels11 

•• ••••••• • • •• • • • ••••• • •• •••• •.••• 0.38 0.85 0.84 1.62 1.04 1.93 1.33 
of which: Ethanol" . . • .•... . . . ••.•.. .. ..... 0.36 0.81 0.83 1.41 0.96 1.56 1.11 

Uqulds from Coal . .. .. •..... .. •. . ... • . ••. ... 0.00 0.00 0.00 0.15 0.16 0.24 0.58 
Other11 

• • • ••••• •• • • . •••• •• •• •• • • ••• •• •• • •• 0.12 0.18 0.18 0.21 0.23 0.24 0.27 
Total Primary Supply ··· ··· ···· ···· ···· ···· 20.74 21 .02 21 .24 22.04 23.10 22.86 25.03 

Uquid Fuels Consumption . .. . . . . .. . .. . . •.• ... 20.65 20.99 21.18 21 .96 23.01 22.80 24.93 
Net Import Share of Product Supplied (percent) . . . 60.0 54.2 54.8 51.6 55.0 54.3 59.2 

Natural Gas Supply and Disposition 
(trillion cubic feet) 

Dry Gas Production•• .. ... . ... . ...... • . .. . ... 18.51 19.29 19.06 19.67 19.70 19.43 19.84 
Supplemental Natural Gas10 .. .. ......... .. ... 0.06 0.06 0.06 0.06 0.06 0.06 0.06 
Net Imports ···· ····· ··· ...... ...... ...... . 3.46 3.85 4.01 3.55 4.28 3.18 3.41 

Total Supply . . • . . . . .• . •. . ... . . . .. . .. ..•. . 22.03 23.20 23.14 23.28 24.04 22.68 23.31 
Total Consumption ........... ...... ... ..... 21 .66 23.25 23.22 23.33 24.12 22.72 23.39 

0 
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Table 018. Energy Supply, Disposition, and Prices (Continued) 
AE02008 R f C C d h E I R I e erence ase om :>are tot e ar1y eease 

2010 2020 2030 
Supply, DlsposiUon,lndlcetors and Emissions 2006 

Reference I Early-Release Reference I EaR~,!!:• Reference I Early-Release 
Reference Reference 

Coal Supply and Disposition (million tons) 
Production . • • . • ..• . •. . .•. • ...•. . . • •. . . .. .. 
Waste Coal Supplied"' . • ..•..... . ....••. •• ••. 
Netlmports ••.. •. . .. ... • • .• • .. . .... . . . .... 

Total Supply .....• . •........ • .•..•.•..... 
Total Consumption .. .... .... . ........ ...... 

Macroeconomic Indicators 
Real Gross Domestic Product 
(billion 2000 chain-weighted dollars) . • • • • . . . • . .. 
GOP Chain-type Price Index (2000=1.000) .•..... 
Industrial Value of Shipments (billion 2000 dollars} 

Nonmanufacturing ...... ........ ... .. .. ... 
Manufacturing . •• . • . • ..• . • .• • • . . • • • . •. . ... 

Energy-Intensive • •.•• • . .•• .. .•• . ... .• •.. 
Non-energy Intensive ... ...... .... .. ..... 

Real Disposable Personal Income 
(billion 2000 dollars) ..... ...... ... ..... .... . 
Housing Starts (millions) ••• .• •.. • .•• . .•...•.• 
Commercial Aoorspace (billion square feet) • . .• • . 
Unit Sales of Ught-Duty Vehicles (millions) •..•... 

Energy Intensity 
(thousand Btu per 2000 dollar of GOP) •••••••••• 

carbon Dioxide Emissions (million metric: tons) •• 

'Includes crude on, lease condensate, and natural gas plant Dqulds. 
11nctudes waste coal. 

1163 
14 

-15 
1161 
1114 

11319 
1.166 
5821 
1531 
4290 
1225 
3065 

8397 
1.93 
74.8 

16.50 

8.79 

5890 

1166 1139 
13 13 

-34 -11 
1144 1141 
1145 1141 

12453 12555 
1.260 1.267 
5997 5882 
1419 1494 
4577 4389 
1283 1204 
3295 3185 

9472 9594 
1.68 1.85 
78.8 78.7 

16.38 16.92 

8.30 8.25 

6011 6034 

1270 1289 1455 1595 
11 11 12 13 
46 45 78 75 

1326 1345 1545 1683 
1327 1344 1545 1682 

15984 16177 20219 20832 
1.520 1.509 1.871 1.838 
7113 7044 7997 8226 
1619 1672 1715 1804 
5493 5372 6283 6422 
1387 1338 1447 1442 
4107 4034 4836 4980 

12654 12811 16246 16916 
1.78 1.84 1.70 1.72 
89.3 89.3 100.8 100.9 

17.47 18.72 19.39 20.04 

6.91 7.02 5.80 5.94 

6384 6646 6851 7373 

'Includes grid-connected elactriclly from wood and waste; biomass. such as com, used lor Dquid fuels production; and non-electric energy demand from wood. Reier to Table 
A17 lor details. 

'Includes grid-connected electrfclly from landfiU gas; biogenic municipal waste; wind; photovoltalc and solar thermal sources; and non-electric energy from renewable sources, 
such as active and passive solar systems. Excludes electricity Imports using renewable sources and nonmarlleted renewable energy. See Table A17 lor selected nonmarf<eted 
resldenllal and commercial renewable energy. 

'Includes non-blogenlc municipal waste, liquid hydrogen, methanol, and some domesllc Inputs to rallnerles. 
'Includes crude oil, finished petroleum products, unfinished oils, alcohols, ethers, blending components, and renewable fuels such as ethanol. 
'Includes coal, coal coke, end electrfclly. 
'Includes petroleui!Hierlved fuels and non-petroleum derived fuels, such as ethanol, blodlesel, and coal-based synthetic Rqulds. Petroleum coke, which Is a saUd, is Included. 

Also Included are natural gas plant liquids, crude on consumed as a fuel, and Uquld hydrogen. Reier to Table A 17 lor detailed renewable llqufd fuels consumption. 
'Excludes coal conver!ed to coal-besed synllletlc liquids. 
'"Includes grid-connected electrfclly from wood and wood waste, non-electric energy from wood, and blofuels heat and coproducts used In the production olllquld fuels, but 

excludes the energy content ol the Uquld fuels. 
111nctudes non-biogenic municipal waste and net electrfcfty Imports. 
11Represents lower 48 onshore and offshore supptles. 
"Includes reported prices lor both open marf<et and capUve mlnes. 
"Includes lease condensate. 
11'The volumetric amount by which total output Is greater than Input due to the processing ol crude olllnto products which, In total, have a lower specific gravlly than the crude 

oU processed. 
"Domestic production and nat Imports ol ethanol, biOdlesel, and Rqulds from biomass. 
171ncludes net imports. 
''Includes petroleum product stock withdrawals, domestic sources ol blending components, other hydroCIIIbons, ethers, and renewable fuels such as blodlesel 
''Marketed production (wet) minus extraction losses. 
tosyntheUc natural gas, propane air, coke oven gas, refmery gas, biomass gas, air Injected lor Btu stablllzeUon, and manufactured ges commingled and distributed with natural 

gas. 
111ncludes waste coal consumed by the aleclric power and Industrial sectors. Waste coal suppUed Is counted as a supply-side Item to balance the same amount ol waste coal 

Included In the consumption data. 
Btu = British thermal unll 
GOP = Gross domestic product. 
Note: Totals may not equal sum ol components due to Independent rounding. Data lor 2006 are model results and may differ slightiy from official EIA data reports. 
Sources: 2006 natural gas supply values and natural gas wellhead price: EIA. Nalura/ Gas Monthly, DOEIEIA~130(2007104) (Washington, DC, April 2007). 2006 coal 

mlnemouth and delivered coal prices: EIA, Annual Coal Report2006, DOEIEIA~584(2006) (Washington, DC, November 2007). 2006 petroleum supply values: EIA, IPSAI. 2006 
low sulfur Ught crude oil price: EIA. Form EIA-856, "Monthly Foreign Crude on Acquisition Report." Other 2006 coal values: Quarterly Coal Report, OctOber-December 2006, 
DOEJEIA~ 121 (2006140) (Washington, DC, Match 2007). Other 2006 values: EIA, Annual Enetr/Y Review 2006, DOEIEIA~384(2006) (Washington, DC, June 2007). Pro)ecUona: 
EIA, AE02008 National Energy Modetlng System runs AE02008.0030208F and AE02008.D112607A. 
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Appendi.xE 

NEMS Overview and Brief Description of Cases 

The National Energy Modeling System 

The projections in the Annual Energy Outlook 2008 
(AE02008) are generated from the National Energy 
Modeling System (NEMS) [1], developed and main­
tained by the Office of Integrated Analysis and 
Forecasting (OlAF) of the Energy Information Ad­
ministration (EIA). In addition to its use in the devel­
opment of the Annual Energy Outlook (AEO) projec­
tions, NEMS is also used in analytical studies for the 
U.S. Congress, the White House, other offices within 
the U.S. Department of Energy (DOE), and other 
Federal agencies. The AEO projections are also used 
by analysts and planners in other government agen­
-cies and-nongovetnment organizations; 

The projections in NEMS are developed with the use 
of a market-based approach to energy analysis. For 
each fuel and consuming sector, NEMS balances en­
ergy supply and demand, accounting for economic 
competition among the various energy fuels and 
sources. The time horizon of NEMS is the long-term 
period through 2030, approximately 25 years into the 
future. In order to represent regional differences in 
energy markets, the component modules of NEMS 
function at the regional level: the nine Census divi­
sions for the end-use demand modules; production re­
gions specific to oil, natural gas, and coal supply and 
distribution; the North American Electric Reliability 
Council regions and subregions for electricity; and 
the Petroleum Administration for Defense Districts 
(P ADDs) for refmeries. 

NEMS is organized and implemented as a modular 
system. The modules represent each of the fuel sup­
ply markets, conversion sectors, and end-use con­
sumption sectors of the energy system. NEMS also in­
cludes macroeconomic and international modules. 
The primary flows of information among the modules 
are the delivered prices of energy to end users and the 
quantities consumed by product, region, and sector. 
The delivered fuel prices encompass all the activities 
necessary to produce, import, and transport fuels to 
end users. The information flows also include other 
data on such areas as economic activity, domestic pro­
duction, and international petroleum supply. 

The Integrating Module controls the execution of 
each of the component modules. To facilitate modu­
larity, the components do not pass information to 
each other directly but communicate through a cen­
tral data structure. This modular design provides the 

capability to execute modules individually, thus al­
lowing decentralized development of the system and 
independent analysis and testing of individual mod­
ules. The modular design also permits the use of the 
methodology and level of detail most appropriate for 
each energy sector. NEMS calls each supply, conver­
sion, and end-use demand module in sequence until 
the delivered prices of energy and the quantities de­
manded have converged within tolerance, thus 
achieving an economic equilibrium of supply and de­
mand in the consuming sectors. A solution is reached 
annually through the long-term horizon. Other vari­
ables, such as petroleum product imports, crude oil 
imports, and several macroeconomic indicators.Lf!!so 

--are evaluated-f or convergence. 

Each NEMS component represents the impacts and 
costs of legislation and environmental regulations 
that affect that sector. NEMS accounts for all com­
bustion-related carbon dioxide (C02) emissions, as 
well as emissions of sulfur dioxide, nitrogen oxides, 
and mercury from the electricity generation sector. 
The version of NEMS used for AE02008 represents 
current legislation and environmental regulations as 
of December 31, 2007 (such as the Energy Independ­
ence and Security Act of2007 [EISA2007], which was 
signed into law on December 19, 2007; the Energy 
Policy Acts of2005 [EPACT2005]; the Working Fam­
ilies Tax Relief Act of 2004; and the American Jobs 
Creation Act of 2004) and the costs of compliance 
with regulations (such as the Clean Air Interstate 
Rule and Clean Air Mercury Rule [CAMR], both of 
which were finalized and published in 2005, and the 
new stationary diesel regulations issued by the U.S. 
Environmental Protection Agency [EPA] in July 
2006 [2].) The potential impacts of pending or pro­
posed Federal and State legislation, regulations, or 
standards-or of sections of legislation that have 
been enacted but that require funds or implementing 
regulations that have not been provided or speci­
fied-are not reflected in NEMS. 

In general, the historical data used for the AE02008 
projections were based on EIA's Annual Energy Re­
view 2006, published in June 2007 [3]; however, data 
were taken from multiple sources. In some cases, only 
partial or preliminary data were available for 2006. 
C02 emissions were calculated by using C02 coeffi­
cients from the EIA report, Emissions of Greenhouse 
Gases in the United States 2006, published in Novem­
ber 2007 [4]. 
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Historical numbers are presented for comparison 
only and may be estimates. Source documents should 
be consulted for the official data values. Footnotes to 
theAE02008 appendix tables indicate the definitions 
and sources of historical data. 

TheAE02008 projections for years 2007 and 2008 in­
corporate short-term projections from EIA's January 
2008 Short-Term Energy Outlook (STEO). For short­
term energy projections, readers are referred to 
monthly updates of the STEO [5]. 

Component Modules 

The component modules of NEMS represent the 
individual supply, demand, and conversion sectors of 
domestic energy markets and also include interna­
tional and macroeconomic modules. In general, the 
modules interact through values representing the 
prices or expenditures of energy delivered to the con­
suming sectors and the quantities of end-use energy 
consumption. . 

Macroeconomic Activity Module 

The Macroeconomic Activity Module provides a set of 
macroeconomic drivers to the energy modules, and 
there is a macroeconomic feedback mechanism within 
NEMS. Key macroeconomic variables used in the en­
ergy modules include gross domestic product (GDP), 
disposable income, value ofindustrial shipments, new 
housing starts, new light-duty vehicle sales, interest 
rates, and employment. The module uses the follow­
ing models from Global Insight, Inc.: Macroeconomic 
Model of the U.S. Economy, National Industry Model, 
and National Employment Model. In addition, EIA 
has constructed a Regional Economic and Industry 
Model to project regional economic drivers and a 
Commercial Floorspace Model to project 13 floorspace 
types in 9 Census divisions. The accounting frame­
work for industrial value of shipments uses the North 
American Industry Classification System (NAICS). 

International Module 

The International Module represents the response of 
world oil markets (supply and demand) to assumed 
world oil prices. The results/outputs of the module are 
a set of crude oil and product supply curves that are 
available to U.S. markets for each case/scenario ana­
lyzed. The petroleum import supply curves are made 
available to U.S. markets through the Petroleum 
Market Module (PMM) ofNEMS in the form of 5 cate­
gories of imported crude oil and 17 international 

petroleum products, including supply curves for oxy­
genates and unfinished oils. The supply-curve 
calculations are based on historical market data and a 
world oil supply/demand balance, which is developed 
from reduced-form models of international liquids 
supply and demand (new to AE02008), current in­
vestment trends in exploration and development, and 
long-term resource economics for 221 countries/terri­
tories. The oil production estimates include both con­
ventional and unconventional supply recovery 
technologies. 

Residential and Commercial Demand Modules 

The Residential Demand Module projects energy con­
sumption in the residential sector by housing type 
and end use, based on delivered energy prices, the 
menu of equipment available, the availability of re­
newable sources of energy, and housing starts. The 
Commercial Demand Module projects energy con­
sumption in the commercial sector by building type 
and nonbuilding uses of energy and by category of end 
use, based on delivered prices of energy, availability of 
renewable sources of energy, and macroeconomic 
variables representing interest rates and floorspace 
construction. 

Both modules estimate the equipment stock for the 
major end-use services, incorporating assessments of 
advanced technologies, including representations of 
renewable energy technologies, and the effects of 
both building shell and appliance standards, includ­
ing the recently enacted provisions of the EISA2007. 
The Commercial Demand Module incorporates com­
bined heat and power (CHP) technology. The mod­
ules also include projections of distributed genera­
tion. Both modules incorporate changes to "normal" 
heating and cooling degree-days by Census division, 
based on a 10-year average and on State-level popula­
tion projections. The Residential Demand Module 
projects an increase in the average square footage of 
both new construction and existing structures, based 
on trends in the size of new construction and the re­
modeling of existing homes. 

Industrial Demand Module 

The Industrial Demand Module projects the con­
sumption of energy for heat and power and for 
feedstocks and raw materials in each of 21 industries, 
subject to the delivered prices of energy and macro­
economic variables representing employment and the 
value of shipments for each industry. As noted in the 
description of the Macroeconomic Activity Module, 
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the value of shipments is based on NAICS. The 
industries are classified into three groups-energy­
intensive manufacturing, non-energy-intensive man­
ufacturing, and nonmanufacturing. Of the eight 
energy-intensive industries, seven are modeled in the 
Industrial Demand Module, with components for 
boiler/steam/cogeneration, buildings, and process/ 
assembly use of energy. Bulk chemicals are further 
disaggregated to organic, inorganic, resins, and agri­
cultural chemicals. A generalized representation of 
cogeneration and a recycling component are also in­
cluded. The use of energy for petroleum refining is 
modeled in the PMM, and the projected consumption 
is included in the industrial totals. 

Transportation Demand Module 

natural gas, and biofuels; costs of generation by all 
generation plants, including capital costs and macro­
economic variables for costs of capital and domestic 
investment; enforced environmental emissions laws 
and regulations; and electricity load shapes and de­
mand. There are three primary submodules--capac­
ity planning, fuel dispatching, and finance and 
pricing. 

All specifically identified options promulgated by the 
EPA for compliance with the Clean Air Act Amend­
ments of 1990 (CAAA90) are explicitly represented in 
the capacity expansion and dispatch decisions; those 
that have not been promulgated (e.g., fine particulate 
proposals) are not incorporated. All rmancial incen­
tives for power generation expansion and dispatch 

- - specilica1IyUientilleil-lilEPA""CT2"0<56liave oeen im--- ---
The Transportation Demand Module projects con- plemented. Several States, primarily in the North-
sumption of fuels in the transportation sector, includ- east, have recently enacted air emission regulations 
ing petroleum products, electricity, methanol, etha- that affect the electricity generation sector. Where 
nol, compressed natural gas, and hydrogen, by firm State compliance plans have been announced, 
transportation mode, vehicle vintage, and size class, the regulations are represented in AE02008. 
subject to delivered prices of energy fuels and macro-
economic variables representing disposable personal 
income, GDP, population, interest rates, and indus­
trial shipments. Fleet vehicles are represented sepa­
rately to allow analysis of the Energy Policy Act of 
1992 (EPACT1992) and other legislation and legisla­
tive proposals. EPACT2005 is used to assess the im­
pact of tax credits on the purchase of hybrid gas­
electric, alternative-fuel, and fuel-cell vehicles. The 
module also includes a component to assess the pene­
tration of alternative-fuel vehicles. The corporate av­
erage fuel economy and biofuel representation in the 
module reflect the provisions in EISA2007. 

The air transportation component explicitly repre­
sents air travel in domestic and foreign markets and 
includes the industry practice of parking aircraft in 
both domestic and international markets to reduce 
operating costs, as well as the movement of aging air­
craft from passenger to cargo markets [6]. For air 
freight shipments, the model represents regional fuel 
use in narrow-body and wide-body aircraft. An infra­
structure constraint limits overall growth in passen­
ger and freight air travel to levels commensurate with 
industry-projected infrastructure expansion and ca­
pacity growth. 

Electricity Market Module 

The Electricity Market Module represents genera­
tion, transmission, and pricing of electricity, subject 
to delivered prices for coal, petroleum products, 

Renewable Fuels Module 

The Renewable Fuels Module (RFM) includes sub-
modules representing renewable resource supply and 
technology input information for central-station, 
grid-connected electricity generation technologies, 
including conventional hydroelectricity, biomass 
(wood, energy crops, and biomass co-firing), geother­
mal, landfill gas, solar thermal electricity, solar 
photovoltaics (PV), and wind energy. The RFM con­
tains renewable resource supply estimates represent­
ing the regional opportunities for renewable energy 
development. Investment tax credits for renewable 
fuels are incorporated, as currently legislated in 
EPACT1992 and EPACT2005. EPACT1992 provides 
a 10-percent tax credit for business investment in 
solar energy (thermal non-power uses as well as 
power uses) and geothermal power; those credits have 
no expiration date. EPACT2005 increases the tax 
credit to 30 percent for solar energy systems installed 
before January 1, 2009. 

Production tax credits for wind, geothermal, landfill 
gas, and some types of hydroelectric and bio­
mass-fueled plants are also represented. They provide 
a tax credit of up to 1.9 cents per kilowatthour for 
electricity produced in the first 10 years of plant oper­
ation. For AE02008, new plants coming on line be­
fore January 1, 2009, are eligible to receive the credit. 
Significant changes made for AE02008 in the ac­
counting of new renewable energy capacity resulting 
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from State renewable portfolio standard programs, 
mandates, and goals will be described in Assumptions 
to the Annual Energy Outlook 2008 [7]. 

Oil and Gas Supply Module 

The Oil and Gas Supply Module represents domestic 
crude oil and natural gas supply within an integrated 
framework that captures the interrelationships 
among the various sources of supply: onshore, off­
shore, and Alaska by both conventional and uncon­
ventional techniques, including natural gas recovery 
from coalbeds and low-permeability formations of 
sandstone and shale. The framework analyzes cash 
flow and profitability to compute investment and 
drilling for each of the supply sources, based on the 
prices for crude oil and natural gas, the domestic re­
coverable resource base, and the state of technology. 
Oil and natural gas production functions are com­
puted at a level of 12 supply regions, including 3 off­
shore and 3 Alaskan regions. The module also repre­
sents foreign sources of natural gas, including 
pipeline imports and exports to Canada and Mexico, 
and imports and exports of liquefied natural gas 
(LNG). 

Crude oil production quantities are used as inputs to 
the PMM in NEMS for conversion and blending into 
refined petroleum products. Supply curves for natu­
ral gas are used as inputs to the Natural Gas Trans­
mission and Distribution Module for determining 
natural gas prices and quantities. International LNG 
supply sources and options for construction of new 
regasification terminals in Canada, Mexico, and the 
United States, as well as expansions of existing U.S. 
regasification terminals, are represented, based on 
the projected regional costs associated with interna­
tional natural gas supply, liquefaction, transporta­
tion, and regasification and world natural gas market 
conditions. 

Natural Gas Transmission and· Distribution 
Module 

The Natural Gas Transmission and Distribution 
Module represents the transmission, distribution, 
and pricing of natural gas, subject to end-use demand 
for natural gas and the availability of domestic natu­
ral gas and natural gas traded on the international 
market. The module tracks the flows of natural gas 
and determines the associated capacity expansion re­
quirements in an aggregate pipeline network, con­
necting the domestic and foreign supply regions with 
12 U.S. demand regions. The flow of natural gas is 

determined for both a peak and off-peak period in the 
year. Key components of pipeline and distributor tar­
iffs are included in separate pricing algorithms. 

Petroleum Market Module 

The PMM projects prices of petroleum products, 
crude oil and product import activity, and domestic 
refinery operations (including fuel consumption), 
subject to the demand for petroleum products, the 
availability and price of imported petroleum, and the 
domestic production of crude oil, natural gas liquids, 
and biofuels (ethanol, biodiesel, biobutanol, etc.). The 
module represents refining activities in the five 
P ADDs. It explicitly models the requirements of 
EISA2007 and CAAA90 and the costs of automotive 
fuels, such as conventional and reformulated gaso­
line, and includes the production ofbiofuels for blend­
ing in gasoline and diesel. 

AE02008 represents regulations that limit the sulfur 
content of all nonroad and locomotive/marine diesel 
to 15 parts per million (ppm) by mid-2012. The mod­
ule also reflects the renewable fuels standard (RFS) 
in EISA2007 that requires the use of 36 billion gallons 

0 

per year ofbiofuels by 2022, with com ethanol limited 

0 to 15 billion gallons per year. Demand growth and 
regulatory changes necessitate capacity expansion for 
refinery processing units. End-use prices are based on 
the marginal costs of production, plus markups repre-
senting the costs of product marketing and distribu-
tion and State and Federal taxes [8]. Refinery capac-
ity expansion at existing sites is permitted in each of 
the five refining regions modeled. 

Fuel ethanol and biodiesel are included in the PMM, 
because they are commonly blended into petroleum 
products. The module allows ethanol blending into 
gasoline at 10 percent by volume or less (E10), as well 
as E85, a blend of up to 85 percent ethanol by volume. 
Ethanol is produced primarily in the Midwest from 
com or other starchy. crops, and in the future it may 
also be produced from cellulosic material, such as 
switchgrass and poplar. Biodiesel is produced from 
seed oil, imported palm oil, animal fats, or yellow 
grease (primarily, recycled cooking oil). 

Both domestic and imported ethanol count toward 
the RFS. Domestic ethanol production is modeled 
from two feedstocks: com and cellulosic materials. 
Com-based ethanol plants are numerous (more than 
100 are now in operation, producing more than 5 bil-
lion gallons annually) and are based on a well-known o 
technology that converts sugar into ethanol. Ethanol 
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from cellulosic sources is a new technology with no 
pilot plants in operation; however, DOE awarded 
grants (up to $385 million) in 2007 to construct capac­
ity totaling 147 million gallons per year, which 
AE02008 assumes will be operational in 2012. Im­
ported ethanol may be produced from cane sugar or 
bagasse, the cellulosic byproduct of sugar milling. 
The sources of ethanol are modeled to compete on an 
economic basis and to meet the EISA2007 renewable 
fuels mandate. 

Fuels produced by gasification and Fischer-Tropsch 
synthesis are modeled in the PMM, based on their 
economics relative to competing feedstocks and prod­
ucts. The three processes modeled are coal-to-liquids 
(CTL), gas-to-liquids (GTL), and biomass-to-liquids 
(BTL). CTI:. facilities are likely to be built at locations -
close to coal supplies and water sources, where liquid 
products and surplus electricity could also be distrib­
uted to nearby demand regions. GTL facilities may be 
built in Alaska, but they would compete with the 
Alaska Natural Gas Transportation System for avail­
able natural gas resources. BTL facilities are likely to 
be built where there are large supplies of biomass, 
such as crop residues and forestry waste. Because the 
BTL process uses cellulosic feedstocks, it is also mod­
eled as a choice to meet the EISA2007 cellulosic 
biofuels requirement. 

Coalllarketllodule 

The Coal Market Module (CMM) simulates mining, 
transportation, and pricing of coal, subject to end-use 
demand for coal differentiated by heat and s~ con­
tent. U.S. coal production is represented in the CMM 
by 40 separate supply curves-differentiated by re­
gion, mine type, coal rank, and sulfur content. The 
coal supply curves include a response to capacity utili­
zation of mines, mining capacity, labor productivity, 
and factor input costs (mining equipment, mining la­
bor, and fuel requirements). Projections of U.S. coal 
distribution are determined by minimizing the cost of 
coal supplied, given coal demands by demand region 
and sector, accounting for minemouth prices, trans­
portation costs, existing coal supply contracts, and 
sulfur and mercury allowance costs. Over the projec­
tion horizon, coal transportation costs in the CMM 
are projected to vary in response to changes in rail­
road productivity and the cost of rail transportation 
equipment and diesel fuel. 

The CMM produces projections of U.S. steam and 
metallurgical coal exports and imports, in the context 
of world coal trade. The CMM determines the pattern 

of world coal trade flows that minimizes the produc­
tion and transportation costs of meeting a specified 
set of regional world coal import demands, subject to 
constraints on export capacities and trade flows. The 
international coal market component of the module 
computes trade in 3 types of coal for 17 export and 20 
import regions. U.S. coal production and distribution 
are computed for 14 supply and 14 demand regions. 

Annual Energy Outlook 2008 Cases 

Table E1 provides a summary of the cases used to de­
rive theAE02008 projections. For each case, the table 
gives the name used in this report, a brief description 
of the major assumptions underlying the projections, 
a designation of the mode in which the case was run in 
NEMS\either fully integrateQ,panially integrated, 
or standalone), and a reference to the pages in the 
body of the report and in this appendix where the case 
is discussed. The following sections describe the cases 
listed in Table El. The reference case assumptions for 
each sector will be described in Assumptions to the 
Annual Energy Outlook 2008 [9].at web site www.eia. 
doe.gov/oiaf/aeo/assumption. Regional results and 
other details of the projections are available at web 
site www.eia.doe.gov/oiaf/aeo/supplement. 

Macroeconomic Growth Cases 

In addition to the AE02008 reference case, the low 
economic growth and high economic growth cases 
were developed to reflect the uncertainty in projec­
tions of economic growth. The alternative cases are 
intended to show the effects of alternative growth as­
sumptions on energy market projections. The cases 
are described as follows: 

• The low economic growth case assumes lower 
growth rates for population (0.5 percent per year), 
nonfarm employment (0.5 percent per year), and 
labor productivity (1.5 percent per year), resulting 
in higher prices and interest rates and lower 
growth in industrial output. In the low economic 
growth case, economic output as measured by real 
GDP increases by 1.8 percent per year from 2006 
through 2030, and growth in real GDP per capita 
averages 1.3 percent per year. 

• The high economic growth case assumes higher 
growth rates for population (1.2 percent per year), 
nonfarm employment (1.2 percent per year), and 
labor productivity (2.4 percent per year). With 
higher productivity gains and employment 
growth, inflation and interest rates are lower than 
in the reference case, and consequently economic 
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Table E1. Summary of the AE02008 cases 

Case name Description 

Reference Baseline economic growth (2.4 percent per year from Fully 
2006 through 2030), world oil price, and technology Integrated 

Reference In 
Appendix E 

--------------------------------~!.>!!:l.mP..tJQ!l.!~_9or:m!I~!~.P-!!ll~!!.lJQ.!1J!!l>J~!.>J!1_~P-P..~n~_i!_~.------------------------------------------------------------ · 
Early-Release Released in 12/2007, this case excludes EISA2007 and Fully p. 3 
Reference other changes In the reference case. Partial projection Integrated 

--------------------------------J!~J~~_!t~_~P-~.!1~_1!_~~-------------------------------------------------------------------------------------------------------· 
Low Economic Growth GOP grows at an average annual rate of 1.8 percent from Fully p. 54 p. 195 

2006 through 2030. Other assumptions are the same as integrated 
in the reference case. Partial projection tables in 

----------------------------------~P-P.~n~J!_Iil_""---------------------------------------------------------------------------------------------------------------------· 
High Economic Growth GOP grows at an average annual rate of 3.0 percent from Fully p. 54 p. 195 

2006 through 2030. Other assumptions are the same as Integrated 
In the reference case. Partial projection tables in 

---------------------------------~..P-~n~J!_!il_. ______________________________________________________________________________________________________________________ . 
Low Price More optimistic assumptions for worldwide crude oil and Fully p. 50 p. 199 

natural gas resources and the behavior of the Integrated 
Organization of the Petroleum Exporting Countries 
(OPEC) than In the reference case. World light, sweet 
crude oil prices are $42 per barrel in 2030, compared with 
$70 per barrel in the reference case (2006 dollars). Other 
assumptions are the same as in the reference case. 

---------------------------------P-!tti!!~!Pl~!!.lJQ!L~!~J!!~_!!:I_~.P-P..~.'}9,l~-9.~---------------------------------------------------------------------------------· 
High Price More pessimistic assumptions for worldwide crude oil and Fully p. 50 p. 199 

natural gas resources and OPEC behavior than In the integrated 
reference case. World light, sweet crude oil prices are 
about $119 per barrel (2006 dollars) In 2030. Other 
assumptions are the same as in the reference case. 

_________________________________ .P-!tti!!~!Pl~~JQ!:I_~~J!!~.!!!.~.P-Pi3_r:!9.L~-9.~---------------------------------------------------------------------------------- · 
Residential: Future equipment purchases based on equipment With p. 59 p. 199 
2008 Technology available In 2008. Existing building shell efficiencies fixed commercial 

----------------------------------~L?.Q9_~_!~Y!:!J!':..E'.i!r!i_l!!..P_~~~Lqn_~i!9.~~!1.Jn_~~P-!:!_Q!!ll!_R! ______________________________________________________________ , 
Residential: Earlier availability, lower costs, and higher efficiencies With p. 59 p. 199 
High Technology assumed for more advanced equipment. Building shell commercial 

efficiencies for new construction meet ENERGY STAR 
requirements after 2016. Partial projection tables in 

--------------------------------bP.P.e'!~J!_~':.-------------------------------------------------------------------------------------------------------------------· 
Residential: Future equipment purchases and new building shells With p. 60 p. 199 
Best Available based on most efficient technologies available by fuel. commercial 
Technology Building shell efficiencies for new construction meet the 

criteria for most efficient components after 2008. Partial 
----------------------------------P.~j~~9_r::!.!!~!!:l_~_lQ.!!P..P.~!!.Ql!_Q_. ____________________________________________________________________________________________ , 
Commercial: Future equipment purchases based on equipment With p. 61 p. 199 
2008 Technology available in 2008. Building shell efficiencies fixed at 2008 residential 

_________________________________ J!:l.'!!!.~l!~f_i!!Q~J.Pi'.?l~~lc.m_ti!!!l~!J!L~..P..P-~!1-g!J!_Q! _________________________________________________________________________ , 
Commercial: Earlier availability, lower costs, and higher efficiencies With p. 61 p. 200 
High Technology assumed for more advanced equipment. Building shell residential 

efficiencies for new and existing buildings increase by 
8.75 and 6.25 percent, respectively, from 2003 values by 
2030. Partial projection tables in Appendix D. 
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Table E1. Summary of the AE02008 cases (continued 

Case name Description 
Reference In 
Appendix E 

Commercial: 
Best Available 
Technology 

Future equipment purchases based on most efficient With 
technologies available by fuel. Building shell efficiencies residential 
for new and existing buildings increase by 10.5 and 7.5 
percent, respectively, from 2003 values by 2030. Partial 

p.62 p.200 

----------------------------------P-[9j~!?!l!?.IJJ~-~!~!!JIJ.~P..P.~.!l~J!I>_. ____________________________________________________________________________________________ , 
Industrial: Efficiency of plant and equipment fixed at 2008 levels. Standalone p. 65 p. 200 

-~9.Q.!LI~P-~-~Q.lc:!9Y __________ f~!!i_~!.P!Pl~£lJQ.!:l.B!~J~~J!:l.f..P-P-~-~f!L~J?.~----------------------------------------------------------------------------------· 
Industrial: Earlier availability, lower costs, and higher efficiencies Standalone p. 65 p. 200 
High Technology assumed for more advanced equipment. Partial projection 

--------------------------------JabJ~~J!::t~P-P..~!!~JlL12~------------------------------------------------------------------------------------------------· 
Transportation: Reduced costs and improved efficiencies assumed for Standalone p. 66 p. 200 
High Technology advanced technologies. Partial projection tables in 

............................... ... ..................................... -~Pendix Oa _____ .......................................... .................. ...... .--=-.-;;;;-... -;;:: .. =-.... -;;;..-.==-.. -==;;;-.......................................................... .;;::,;..:::.-- -

Electricity: New nuclear capacity assumed to have 10 percent lower Fully p. 177 p. 201 
Low Nuclear Cost capital and operating costs in 2030 than in the reference integrated 

----------------------------------~_!!~_._f~!!i!!.P!Pl~~Q.!:l.B!~J~~J!:l.f..P-P..~-~f!i_~_Q! ..............••............. _____________________________________________ , 
Electricity: Costs for new nuclear technology assumed not to Fully p. 177 p. 201 
High Nuclear Cost improve from 2008 levels in the reference case. Partial integrated 

----------------------------------P..[9J~9!!!?_1}_~-~!~.!!JIJ.~P..P~.!l~.f!_Q_. ____________________________________________________________________________________________ . 
Electricity: Costs and efficiencies for advanced fossil-fired generating Fully p. 178 p. 201 
low Fossil Cost technologies improve by 1 0 percent in 2030 from integrated 

reference case values. Partial projection tables in 
----------------------------------~P-P..~.!l~J!_Q,_ _____________________________________________________________________________________________________________ , 
Electricity: New advanced fossil generating technologies assumed Fully p. 178 p. 201 
High Fossil Cost not to improve over time from 2008. Partial projection integrated 

---------------------------------J~~J~~.!!:I . .e.P-P.~!!~J!_Q,_ _________________________________________________________________________________________________________ , 
Renewable Fuels: New renewable generating technologies assumed not to Fully p. 71 p. 201 
High Renewable Cost improve over time from 2008. Partial projection tables in integrated 

----------------------------------~P-P.~!!~J!_Q,_ _________________________________________________________________________________________________________________ , 
Renewable Fuels: Levelized cost of energy for nonhydropower renewable Fully p. 71 p. 201 
low Renewable Cost generating technologies declines by 10 percent in 2030 integrated 

from reference case values. Partial projection tables In 
----------------------------------'-'P-P..Il!!~J!_Q,_ _____________________________________________________________________________________________________________________ , 
Oil and Gas: Cost, finding rate, and success rate parameters adjusted Fully p. 76 p. 202 
Rapid Technology for 50-percent more rapid improvement than in the integrated 

----------------------------------r~!~!~!l~-~~~:...E~-~~J.P..~J~9!!Q!!.~-~!~.!!.l~-~P.P~!:l.gl!.C.P~-------------------------------------------------------------· 
Oil and Gas: Cost, finding rate, and success rate parameters adjusted Fully p. 76 p. 202 
Slow Technology for 50-percent slower improvement than in the reference Integrated 

----------------------------------P-~.!!~_._f~!!i_~!.P.!!&~~Q.!:IJ~~J~~.!!:l.f..P-P..~!!f!l~.Q! __________________________________________________________________________ . 
Oil and Gas: LNG imports exogenously set to a factor times the Fully p. 49 p. 202 
High LNG Supply reference case levels from 2010 forward, with remaining integrated 

assumptions from the reference case. The factor starts at 
1.0 in 2010 and increases linearly to 3.0 by 2030. Partial 

__________________________________ P-r!?J~!?!l!?.IJ.~-~!~!!.liJ.~P..P.~rr~J!Q._ _________________________________________________________________________________________ . 
Oil and Gas: LNG imports held constant at 2009 levels, with remaining Fully p. 49 p. 202 
Low LNG Supply assumptions from the reference case. Partial projection integrated 

----------------------------------~!?J~l?J!:I.~P-~!!~J!_Q,_ _________________________________________________________________________________________________________ . 
Oil and Gas: The Arctic National Wildlife Refuge (ANWR) in Alaska is Fully p. 183 p. 202 
ANWR opened to Federal oil and natural gas leasing, with integrated 

remaining assumptions from the reference case. Partial 
projection tables in Appendix D. 
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Table E1. Summary of the AE02008 cases continued) 

Case name 

Coal: 
Low Coal Cost 

Description 

Productivity for coal mining and coal transportation Fully 
assumed to Increase more rapidly than In the reference Integrated 
case. Coal mining wages, mine equipment, and coal 
transportation equipment costs assumed to be lower than 
in the reference case. Partial projection tables In 

p.84 

Reference In 
AppendlxE 

p.202 

----------------------------------~P-~!!~l~.Q~-----------------------------------------------------------------------------------------------------------------· 
Coal: Productivity for coal mining and coal transportation Fully p. 84 p. 203 
High Coal Cost assumed to increase more slowly than In the reference Integrated 

case. Coal mining wages, mine equipment, and coal 
transportation equipment costs assumed to be higher 
than In the reference case. Partial projection tables In 

----------------------------------~.I!P.~!!~J~LQ~---------------------------------------------------------------------------------------------------------------------· 
Integrated Combination of the residential, commercial, and Industrial Fully p. 176 p. 203 
2008 Technology 2008 technology cases; and the electricity high fossil integrated 

cost, high renewable cost, and high nuclear cost cases. 

---------------------------------P-!!!1i~L11!Pl~~-!m~!.>J~~.!!l.~..P-P-~.IJ~ll!.R~---------------------------------------------------------------------------------· 
Integrated Combination of the residential, commercial, industrial, Fully p. 176 p. 203 
High Technology and transportation high technology cases; and the integrated 

electricity low fossil cost, low renewable cost, and low 
nuclear cost cases. Partial projection tables in Appendix 

__________________________________ Q~--------------~-------------------------------------------------------------------------------------------------------------------· 
Integrated Assumes future weather resembles 30-year average, as Fully p. 45 p. 203 

-~t~.!TI!!~Y-lii.~~~M!~L-----.QP..P-.Q~~~_tgJ_Q:Y~-~L!!.Y~~_g~~---------------------------------------.!!l.~~g_~J~~------------------------------------------· 
High Energy Project Recent cost increases are assumed to continue. Base Fully p. 34 p. 203 
Cost costs for new electricity generation capacity increase integrated 

throughout the projection. Capital costs for oil and gas 
exploration and production (E&P) activities remain at 
increased levels, as experienced since 2003. Refining 

----------------------------------~.l!t~JJ]~~-~.l!lil.ft.!!!!!.£1:!.!!~!1-~~.l!~~-----------------------------------------------------------------------------------------· 
Low Energy Project 
Cost 

Recent cost increases are assumed to revert back to 
lower levels of a few years ago. Base costs for new 
electricity generation capacity decrease by 15 percent 
over 10 years, then remain flat. Capital costs for oil and 
gas E&P fall back toward their pre-2003 levels over time. 

Fully 
integrated 

p.34 p.203 

----------------------------------~~~-IJ!!1.9.f:Q!~.!Jre_!!_~_!9_~Q.1_l~y~~--------------------------------------------------------------------· 
Limited Electricity New coal-fired plants are not built unless they include Fully p. 38 p. 203 
Generation Supply sequestration. Other non-natural-gas capacity restricted integrated 

to reference case levels or assumed to have higher costs. 
Existing nuclear units assumed to have lower output than 

________________________________ .!!lJh~.!.~~-~~~-~~-~!--------------------------------------------------------------------------------------------------------· 
Limited Natural Gas No Arctic natural gas pipelines are in operation by 2030. Fully p. 38 p. 204 
Supply LNG Import values are held constant at 2009 levels from integrated 

2010 forward. Oil and gas resources are 15 percent 
lower, and the technological progress rate is 50 percent 

__________________________________ .!!~J.Q~.t~~-~1~-tr:l.!~-~-r~f~.!!!l.c:;~-~~~~-------------------------------------------------------------------------------------· 
Combined Limited Combines all the assumptions of the limited electricity Fully p. 38 p. 204 

generation supply and limited natural gas supply cases. Integrated 
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output grows at a higher rate (3.0 percent per 
year) than in the reference case (2.4 percent). 
GDP per capita grows by 1.8 percent per year, 
compared with 1.6 percent in the reference case. 

Price Cases 

The world oil price inAE02008 is defmed as the aver­
age price of light, low-sulfur crude oil delivered in 
Cushing, Oklahoma, and is similar to the price for 
light sweet crude oil traded on theN ew York Mercan­
tile Exchange. AE02008 also includes a projection of 
the U.S. annual average refiners' acquisition cost of 
imported crude oil, which is more representative of 
the average cost of all crude oils used by refiners. 

The historical record shows substantial variabili~ in 
world oil prices, and there is arguably e;e~ -more ~;.: -
certainty about future prices in the long term. 
AE02008 considers three price cases (reference, 
low price, and high price) to allow an assessment 
of alternative views on the course of future oil 
and natural gas prices. In the reference case, world 
oil prices moderate from 2006 levels through 2016 
before beginning to rise to $70 per barrel in 2030 
(2006 dollars). The low and high price cases define 
a wide range of potential price paths (from $42 
to $119 per barrel in 2030). The two cases reflect 
different assumptions about decisions by OPEC 
members regarding the preferred rate of oil pro­
duction and about the future finding and develop­
ment costs and accessibility of conventional oil 
resources in non-OPEC countries. Because the low 
and high price cases are not fully integrated with a 
world economic model, the impact of world oil prices 
on international economies is not accounted for 
directly. 

• The reference case represents EIA's current judg­
ment regarding exploration and development 
costs and accessibility of oil resources in non­
OPEC countries. It also assumes that OPEC pro­
ducers will choose to maintain their share of the 
market and will schedule investments in incre­
mental production capacity so that OPEC's con­
ventional oil production will represent about 40 
percent ofthe world's total liquids production. 

• The low price case assumes that OPEC countries 
will increase their conventional oil production to 
obtain approximately a 44-percent share of total 
world liquids production, and that conventional 
oil resources in non-OPEC countries will be more 
accessible and/or less costly to produce (as a result 

of technology advances, more attractive fiscal re­
gimes, or both) than in the reference case. With 
these assumptions, non-OPEC conventional oil 
production is higher in the low price case than in 
the reference case. 

• The high price case assumes that OPEC countries 
will continue to hold their production at approxi­
mately the current rate, sacrificing market share 
as global liquids production increases. It also as­
sumes that oil resources in non-OPEC countries 
will be less accessible and/or more costly to pro­
duce than assumed in the reference case. 

Buildings Sector Cases 

In addition to the AE02008 reference case, three 
stanaruone tecliiiOlogy-Tocused-cases-using the :Resr:-­
dential and Commercial Demand Modules of NEMS 
were developed to examine the effects of changes to 
equipment and building shell efficiencies. 

For the residential sector, the three technology­
focused cases are as follows: 

• The 2008 technology case assumes that all future 
equipment purchases are based only on the range 
of equipment available in 2008. Existing building 
shell efficiencies are assumed to be fixed at 2008 
levels (no further improvements). For new con­
struction, building shell technology options are 
constrained to those available in 2008. 

• The high technology case assumes earlier avail­
ability, lower costs, and higher efficiencies for 
more advanced equipment [10]. For new construc­
tion, building shell efficiencies are assumed to 
meet ENERGY STAR requirements after 2016. 

• The best available technology case assumes that 
all future equipment purchases are made from a 
menu of technologies that includes only the most 
efficient models available in a particular year for 
each fuel, regardless of cost. For new construc­
tion, building shell efficiencies are assumed to 
meet the criteria for the most efficient compo­
nents after 2008. 

For the commercial sector, the three technology­
focused cases are as follows: 

• The 2008 technology case assumes that all future 
equipment purchases are based only on the range 
of equipment available in 2008. Building shell effi­
ciencies are assumed to be fiXed at 2008levels. 
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• The high technology case assumes earlier avail­
ability, lower costs, and/or higher efficiencies for 
more advanced equipment than in the reference 
case [11]. Building shell efficiencies for new and 
existing buildings in 2030 are assumed to be 8. 75 
percent and 6.25 percent higher, respectively, 
than their 2003 levels-a 25-percent improve­
ment relative to the reference case. 

• The best available technology case assumes that 
all future equipment purchases are made from a 
menu of technologies that includes only the most 
efficient models available in a particular year for 
each fuel, regardless of cost. Building shell effi­
ciencies for new and existing buildings in 2030 are 
assumed to be 10.5 percent and 7.5 percent 
higher, respectively, than their 2003 values-a 
50-percent improvement relative to the reference 
case. 

The Residential and Commercial Demand Modules of 
NEMS were also used to complete the high renewable 
and low renewable cost cases, which are discussed in 
more detail as part of the Renewable Fuels Cases sec­
tion below. In combination with assumptions for elec­
tricity generation from renewable fuels in the electric 
power sector and industrial sector, these sensitivities 
analyze the impact of changes in generating technolo­
gies that use renewable fuels and in the availability of 
renewable energy sources. For the Residential and 
Commercial Demand Modules: 

• The low renewable cost case assumes greater im­
provements in residential and commercial PV and 
wind systems than in the reference case. The low 
renewable cost assumptions result in capital cost 
estimates for 2030 that are approximately 10 per­
cent lower than reference case costs for distrib­
uted PV technologies. 

• The high renewable cost case assumes that costs 
and performance levels for residential and com­
mercial PV and wind systems remain constant at 
2008 levels through 2030. 

Industrial Sector Cases 

In addition to theAE02008 reference case, two stand­
alone cases using the Industrial Demand Module of 
NEMS were developed to examine the effects of less 
rapid and more rapid technology change and adop­
tion. Because these are standalone cases, the energy 
intensity changes discussed in this section exclude 
the refining industry. Energy use in the refining in­
dustry is estimated as part of the PMM in NEMS. The 

Industrial Demand Module was also used as part of 
the integrated low and high renewable cost cases. For 
the industrial sector: 

• The 2008 technology case holds the energy effi­
ciency of plant and equipment constant at the 
2008 level over the projection period. In this case, 
delivered energy intensity falls by 1.1 percent an­
nually between 2006 and 2030, as compared with 
1.6 percent annually in the reference case. 
Changes in aggregate energy intensity may result 
both from changing equipment and production ef­
ficiency and from changing composition of indus­
trial output. Because the level and composition of 
industrial output are the same in the reference, 
2008 technology, and high technology cases, any 
change in energy intensity in the two technology 
cases is attributable to efficiency changes. 

• The high technology case assumes earlier avail­
ability, lower costs, and higher efficiency for more 
advanced equipment [12] and a more rapid rate of 
improvement in the recovery of biomass byprod­
ucts from industrial processes (0. 7 percent per 
year, as compared with 0.4 percent per year in the 
reference case). The same assumption is incorpo­
rated in the integrated low renewable cost case, 
which focuses on electricity generation. Although 
the choice of 0. 7-percent annual rate of improve­
ment in byproduct recovery is an assumption of 
the high technology case, it is based on the expec­
tation that there would be higher recovery rates 
and substantially increased use of CHP in that 
case. Delivered energy intensity falls by 1.9 per­
cent annually in the high technology case. 

The 2008 technology case was run with only the In­
dustrial Demand Module, rather than in fully inte­
grated NEMS runs. Consequently, no potential feed­
back effects from energy market interactions were 
captured, and energy consumption and production in 
the refining industry, which are modeled in the PMM, 
were excluded. 

Transportation Sector Cases 

In addition to the AE02008 reference case, one 
standalone case using the Transportation Demand 
Module of NEMS was developed to examine the effect 
of more rapid technology change and adoption. For 
the transportation sector: 

0 

0 

• In the high technology case, the characteristics 
of conventional and alternative-fuel light-duty ve- o 
hicles reflect more optimistic assumptions about 
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incremental improvements in fuel economy and 
costs [13]. In the freight truck sector, the high 
technology case assumes more incremental im­
provement in fuel efficiency for engine and emis­
sions control technologies [14]. More optimistic 
assumptions for fuel efficiency improvements are 
also made for the air, rail and shipping sectors. 

The high technology case was run with only the 
Transportation Demand Module rather than as fully 
integrated NEMS runs. Consequently, no potential 
macroeconomic feedback on travel demand was cap­
tured, nor were changes in fuel prices incorporated. 

Electricity Sector Cases 

In addition to the reference case, four integrated 
cases with alternative electric power- assumptions 
were developed to analyze uncertainties about the fu­
ture costs and performance of new generating tech­
nologies. Two of the cases examine alternative as­
sumptions for nuclear power technologies, and two 
examine alternative assumptions for fossil fuel tech­
nologies. Reference case values for technology charac­
teristics are determined in consultation with industry 
and government specialists; however, there is always 
uncertainty surrounding newer, untested designs. 
The electricity cases analyze what could happen if 
costs of advanced designs were either higher or lower 
than assumed in the reference case. The cases are 
fully integrated to allow feedback between the poten­
tial shifts in fuel consumption and fuel prices. 

Nuclear Technology Cases 

• The cost assumptions for the low nuclear cost case 
reflect a 10-percent reduction in the capital and 
operating costs for advanced nuclear technology 
in 2030, relative to the reference case. The refer­
ence case projects an 18-percent reduction in the 
capital costs of nuclear power plants from 2007 to 
2030. The low nuclear cost case assumes a 
26-percent reduction between 2007 and 2030. 

• The high nuclear cost case assumes that capital 
costs for the advanced nuclear technology do not 
decline during the projection period but remain 
fixed at the 2008 levels assumed in the reference 
case. 

Fossil Technology Cases 

• In the low fossil cost case, capital costs, heat rates, 
and operating costs for advanced coal and natural 
gas generating technologies are assumed to be 10 
percent lower than reference case levels in 2030. 

Because learning occurs in the reference case, 
costs and performance in the low fossil cost case 
are reduced from initial levels by more than 10 
percent. Heat rates in the low fossil cost case fall 
to between 16 and 31 percent below initial levels, 
and capital costs are reduced by 19 to 25 percent 
between 2007 and 2030, depending on the 
technology. 

• In the high fossil cost case, capital costs and heat 
rates for coal gasification combined-cycle units 
and advanced combustion turbine and com­
bined-cycle units do not decline during the projec­
tion period but remain fixed at the 2008 values as­
sumed in the reference case. 

_ _ .Additionaldetails about-annual capital-eosts,-Operat--­
ing and maintenance costs, plant efficiencies, and 
other factors used in the high and low fossil technol-
ogy cases will be provided in Assumptions to the An­
nual Energy Outlook 2008 [15]. 

Renewable Fuels Cases 

In addition to the AE02008 reference case, two inte­
grated cases with alternative assumptions about re­
newable fuels were developed to examine the effects 
of less aggressive and more aggressive improvement 
in renewable technologies. The cases are as follows: 

• In the high renewable cost case, capital costs, oper­
ating and maintenance costs, and performance 
levels for wind, solar, biomass, and geothermal re­
sources are assumed to remain constant at 2008 
levels through 2030. 

• In the low renewable cost case, the levelized costs 
of energy for generating technologies using re­
newable resources are assumed to decline to 10 
percent below the reference case costs for the 
same resources in 2030. For most renewable re­
sources, lower costs are represented by reducing 
the capital costs of new plant construction. To re­
flect recent trends in wind energy cost reductions, 
however, it is assumed that wind plants ulti­
mately achieve the 10-percent cost reduction 
through a combination of performance improve­
ment (increased capacity factor) and capital cost 
reductions. Biomass supplies also are assumed to 
be 10 percent greater for each supply step. Other 
generating technologies and projection assump­
tions remain unchanged from those in the refer­
ence case. In the low renewable cost case, the rate 
of improvement in recovery of biomass byprod­
ucts from industrial processes is also increased. 
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Oil and Gas Supply Cases 

Two alternative technology cases were created to as­
sess the sensitivity of the projections to changes in the 
assumed rates of progress in oil and natural gas sup­
ply technologies. In addition, high and low LNG sup­
ply cases were developed to examine the impacts of 
variations in LNG imports on the domestic natural 
gas market. 

• In the rapid technology case, the parameters rep­
resenting the effects of technological progress on 
finding raies, drilling, lease equipment and oper­
ating costs, and success rates for conventional oil 
and natural gas drilling in the reference case are 
increased by 50 percent. A number of key E&P 
technologies for unconventional natural gas also 
are increased by 50 percent in the rapid tech­
nology case. Key supply parameters for Canadian 
oil and natural gas are also modified to simulate 
the assumed impacts of more rapid oil and natural 
gas technology penetration on Canadian supply 
potential. All other parameters in the model 
are kept at the reference case values, includ­
ing technology parameters for other modules, 
parameters affecting foreign oil supply, and 
assumptions about imports and exports of LNG 
and natural gas trade between the United States 
and Mexico. Specific detail by region and fuel 
category will be provided in Assumptions to the 
Annual Energy Outlook 2008 [16]. 

• In the slow technology case, the parameters repre­
senting the effects of technological progress on 
finding rates, drilling, lease equipment and oper­
ating costs, and success rates for conventional oil 
and natural gas drilling in the AE02008 reference 
case are reduced by 50 percent. A number of key 
E&P technologies for unconventional natural gas 
also are reduced by 50 percent in the slow technol­
ogy case. Key Canadian supply parameters are 
also modified to simulate the assumed impacts of 
slow oil and natural gas technology penetration 
on Canadian supply potential. All other parame­
ters in the model are kept at the reference case 
values. 

• The high LNG supply case exogenously specifies 
LNG import levels for 2010 through 2030 equal to 
a factor times the reference case levels. The factor 
starts at 1.0 in 2010 and linearly increases to 3.0 
by 2030. The intent is to project the potential im­
pact on domestic markets if LNG imports turn out 
to be higher than projected in the reference case. 

• The low LNG supply case exogenously specifies 
LNG imports at the 2009 levels projected in the 
reference case for 2010 through 2030. The intent 
is to project the potential impact on domestic mar­
kets if LNG imports turn out to be lower than pro­
jected in the reference case. 

• The ANWR case assumes that Federal legislation 
is passed during 2008, which permits Federal oil 
and gas leasing in ANWR. This case also assumes 
that oil and natural gas leasing will commence af­
ter 2008 in the State and Native lands, which are 
either in or aqjoining ANWR. 

Coal Market Cases 

Two alternative coal cost cases examine the impacts 
on U.S. coal supply, demand, distribution, and prices 
that result from alternative assumptions about min­
ing productivity, labor costs, and mine equipment 
costs on the production side, and railroad productiv­
ity and rail equipment costs on the transportation 
side. The alternative productivity and cost assump­
tions are applied in every year from 2009 through 
2030. For the coal cost cases, adjustments to the refer­
ence case assumptions for coal mining and railroad 
productivity are based on variations in growth rates 
observed in the data for those industries since 1980. 
The variations in annual productivity growth rates 
over the historical period are estimated at 3.3 percent 
for coal mining and 2.5 percent for rail transporta­
tion. The low and high coal cost cases represent fully 
integrated NEMS runs, with feedback from the mac­
roeconomic activity, international, supply, conver­
sion, and end-use demand modules. 

• In the low coal cost case, the average annual 
growth rates for coal mining and railroad produc­
tivity are higher than those in the reference case. 
On the mining side, adjustments to mine produc­
tivity are applied at the supply curve level, and ad­
justments to railroad productivity are made at the 
regional (East and West) level. As an example, the 
average growth rate for western railroad produc­
tivity is increased from 1.8 percent per year in the 
reference case to 4.2 percent per year in the low 
coal cost case. Coal mining wages and mine equip­
ment costs, which remain constant in real dollars 
in the reference case, are assumed to decline by 
approximately 1.0 percent per year in real terms 
in the low coal cost case. Railroad equipment 
costs, which remain constant in real dollars in the 
reference case, are assumed to decrease at a rate 
of 1.0 percent per year in the low coal cost case. 
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• In the high coal cost case, the average annual pro­
ductivity growth rates for coal mining and rail­
road productivity are lower than those in the ref- · 
erence case. Coal mining wages and mine 
equipment costs are assumed to increase by ap­
proximately 1.0 percent per year in real terms. 
Railroad equipment costs also are assumed to in­
crease by 1.0 percent per year. 

Additional details about the productivity, wage, and 
equipment cost assumptions for the reference and al­
ternative coal cost cases are provided in Appendix D. 

Cross-CuUing Integrated Cases 

In addition to the sector-specific cases described 
above, a series of cross-cutting integrated cases were 
-used to analyze specific scenarios-witlrbroader "Sec­
toral impacts. For example, two integrated technol­
ogy progress cases were formed by combining the as­
sumptions from the other technology progress cases 
to analyze the broader impact of more rapid and 
slower technology improvement rates. Another case 
examined the implications of assuming different lev­
els of heating and cooling degree-days than in the ref­
erence case. Two sets of additional cases were ana­
lyzed: one set examines the potential impact of 
uncertainty in energy project costs, and the other set 
examines the implications of severe demand pressure 
on the natural gas industry. 

Integrated Technology Cases 

The integrated 2008 technology case combines the as­
sumptions from the residential, commercial, and in­
dustrial 2008 technology cases and the electricity 
high fossil cost, high renewable cost, and high nuclear 
cost cases. The integrated high technology case com­
bines the assumptions from the residential, commer­
cial, industrial, and transportation high technology 
cases, the electricity high fossil technology case, the 
low renewables cost case, and the low nuclear cost 
case. 

Integrated Alternative Weather Case 

The main cases in AE02008 assume a 10-year aver­
age for heating and cooling degree-days. The inte­
grated alternative weather case assumes a 30-year 
average for heating and cooling degree-days, in order 
to examine the impacts of a smaller number of heat­
ing and cooling degree-days on energy consumption 
in the residential, commercial, and electricity genera­
tion sectors, as well as on energy prices and C02 
emissions. Results from this case are summarized in 
the Issues in Focus section of this report. 

Energy Project Cost Cases 

Investment in new power plants and new refining and 
drilling activities depend on the price of certain com­
modities, such as steel and concrete, that have in­
creased significantly in recent years, as well as other 
factors such as capital costs for energy equipment and 
facilities and labor costs. The reference case assumes 
that investment costs are based on the latest cost 
data, including any commodity price increases over 
the past few years, and that they will remain at those 
levels through 2030; however, there is considerable 
uncertainty surrounding the future path of commod­
ity prices. 

The high energy project cost case assumes that costs 
_wil! contint.te..to rise_.. leading_ to in.cr:easingjnYestment 

costs in the energy industry, which are assumed to 
grow at the historical rate of the past 5 years. Drilling 
costs in the oil and gas industry are assumed to dou­
ble from 2006 to 2030, and the costs of steel and other 
materials are assumed to increase the cost of con­
struction for LNG liquefaction facilities and the cost 
of the Alaska pipeline. 

The low energy project cost case assumes that costs 
will decline gradually, back to the levels of the early 
2000s. Results from these two case are summarized in 
the Issues in Focus section of this report. Additional 
details will be provided in Assumptions to the Annual 
Energy Outlook 2008 [17]. 

Limited Electricity Generation Supply, Limited 
Natural Gas Supply, and Combined Limited Cases 

Considerable uncertainty surrounds the types of new 
generating capacity that will be built in the electricity 
generation sector, depending on potential environ­
mental legislation and technological hurdles for new 
designs and alternative fuel sources. The volume of 
recoverable undiscovered natural gas resources, the 
costs associated with producing those resources, and 
the potential for bringing new sources of supply to 
markets in the lower 48 States, either by Arctic pipe­
line or as LNG, also are uncertain. Three cases were 
developed to analyze these uncertainties. 

The limited electricity generation supply case focuses 
only on the potential challenges facing non-natural­
gas generating technologies. This case assumes that, 
due to the uncertainty of future environmental 
requirements, no new coal-fired plants will be built 
unless they include carbon sequestration. It also 
assumes that new builds of nuclear, wind and bio­
mass will be restricted to reference case levels. New 
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non-gas capacity, including sequestration and other 
renewables, is assumed to cost 25 percent more than 
in the reference case. Output from existing nuclear 
capacity is also assumed to decline after plants reach 
40 years of age due to uncertainties surrounding the 
ability of older plants to maintain high capacity 
factors. 

The limited natural gas supply case examines the 
impacts of constraints on the development of new 
natural gas resources. This case assumes that the two 
large gas pipelines under consideration for develop­
ment in the Arctic region of North America, to trans­
port gas from the North Slope of Alaska and the 
MacKenzie Delta to market, will not be in operation 
by 2030. In the reference case, only the Alaska pipe­
line is economical, coming on-line in 2020. The lim­
ited natural gas supply case also assumes that LNG 
import volumes will remain at 2009 levels through 
2030, reflecting the potential inability of the U.S. 
market to attract significant volumes from the world 
market. This case also uses an assumption consistent 
with the high price case-a 15-percent reduction in 
U.S. oil and natural gas resources-and an assump­
tion consistent with the oil and gas slow technology 
case-a 50-percent reduction in the rate of technolog­
ical progress related to costs, finding rates, and suc­
cess rates. Like the reference case, the limited natural 
gas supply case also assumes that no additional capac­
ity will be built to produce pipeline-quality natural 
gas from coal. 

The combined limited case combines the assumptions 
of the limited electricity generation supply and 
limited natural gas supply cases. Results from these 
three case are summarized in the "Issues in Focus" 
section of this report. Additional details will be pro­
vided in Assumptions to the Annual Energy Outlook 
2008 [18]. 
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AppendixF 

Regional Maps 

F1. United States Census Divisions 

Pacific ~ Middle Atlantic D 
West South Central IE New England D 
East South Central ~ East North Central D 

South Atlantic D West North Central D 
Mountain El 

Source: Energy Information Administration. Office of Integrated Analysis and Forecasting. 
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Regional Maps 

F2. Electricity Market Module Regions 

1 East Central Area Reliability Coordination 
Agreement (ECAR) 

2 Electric Reliability Council of Texas (ERCOT) 
3 Mid-Atlantic Area Council (MMC) 
4 Mid-America Interconnected Network (MAIN) 
5 Mid-Continent Area Power Pool (MAPP) 
6. New York (NY) 
7. New England (NE) 

8. Florida Reliability Coordinating Council (FL) 
9. Southeastern Electric Reliability Council (SEF 
1 0. Southwest Power Pool (SPP) 
11. Northwest Power Pool (NWP) 
12. Rocky Mountain Power Area, Arizona, New 

Mexico, and Southern Nevada (RA) 
13. California (CA) 

Source: Energy Information Administration. Office of Integrated Analysis and Forecasting. 
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0 
F3. Oil and Gas Supply Model Regions 

Atlantic 

0 Gulf of Mexico 
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0 Source: Energy Information Administration. Office of Integrated Analysis and Forecasting. 
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Regional Maps 

F4. Natural Gas Transmission and Distribution Model Regions 

I 

MacKenzie 

---+Primary Flows 
---.Secondary Flows 
e Pipeline Border Crossing 
A Specific LNG Terminals 
6 Generic LNG Terminals 

Source: Energy Information Administration. Office of Integrated Analysis and Forecasting. 
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F5. Petroleum Administration for Defense Districts 

PAD District I - East Coast 
PAD District II - Midwest 
PAD District Ill - Gulf Coast 
PAD District IV - Rocky Mountain 
PAD District V - West Coast 

Regional Maps 

MD 

Source: Energy Information Administration. Office of Integrated Analysis and Forecasting. 
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F6. Coal Supply Regions 
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Source: Energy Information Administration. Office of Integrated Analysis and Forecasting. 
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0 
F7. Coal Demand Regions 

0 

Region Code Region Content Region Code Region Content 

1. NE CT,MA,ME,NH,RI,VT B. AM AL,MS 
2. yp NY,PA,NJ 9. CW MN,IA,ND,SD,NE,MO,KS 
3. SA WV,MD,DC,DE, VA,NC,SC 10. ws TX,LA,OK,AR 
4. GF GA,Fl 11. MT MT,WY,ID 
5. 0H OH 12.CU CO,UT,NV 
6. EN IN,IL,MI,WI 13. ZN AZ,NM 
7. KT KY,TN 14. PC AK,HI,WA,OR,CA 

0 
Source: Energy Information Administration. Office of Integrated Analysis and Forecasting. 
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AppendixG 

Conversion Factors 

Table G1. Heat Rates 

Fuel 

Coal 
Production ...•.. .• •... . .• . . . .. 
Consumption •.•....•. . . . . •.. . . 

Coke Plants •... • ..•.. . . . .. .. . 
Industrial • . ...• .• •... . . • . . . . . . 
Residential and Commercial .. • . • • 
Electric Power Sector •.• • . • . .. . . 

Imports ..• . .. . ... • ••.. • .. . . ... 
Exports • •. ....•.•.... .• .•.•. . • 

Coal Coke 

Crude 011 
Production . ... . ... . • . •. .. . . . .. 
Imports ...••... . ....•....• . .. . 

Liquids 
Consumption .....•.••.. . .... . • 
Motor Gasoline .•.•. ... . .... . .. 
Jet Fuel, Kerosene Type ..•..... 
Distillate Fuel Oil • •...• .. . .•.• . . 
Residual Fuel Oil ...... . .. . ... . 
Uquefied Petroleum Gas .. . .. .. . 
Kerosene ........•.......... . 
Petrochemical Feedstocks ..... . . 
Unfinished Oils . • • . .. ... .... . . . 

Imports ......... . .. . •.. . . . . . .. 
Exports .. .. .•.. ..•. .... . ... . . . 
Ethanol ..... ..... . .... . . . .. .. • 
Biodiesel .............. . .. . . .. . 

Natural Gas Plant Uqulds 
Production •••..••... . •. .... .. . 

Natural Gas 
Production, Dry ••.... . .. . ..... • • 
Consumption .....•..... . . . . . . . 
End-Use Sectors . . • . . . . . . . . . . 
Electric Power Sector ... . .. .. . . . 

Imports ......••••..•..• .. . . . . . 
Exports .. .... •.... . •..... • . . .. 

Electricity Consumption • • •••••• • • 

Btu ~ British thennal unit. 

Approximate 
Units Heat Content 

million Btu per short ton 20.310 
million Btu per short ton 20.183 
million Btu per short ton 26.263 
million Btu per short ton 21.652 
million Btu per short ton 22.016 
million Btu per short ton 19.952 
million Btu per short ton 25.073 
million Btu per short ton 25.378 

r:'lill~n Btu per sho'!..!_on _ _ _ 24.800 

million Btu per barrel 5.800 
million Btu per barrel 5.980 

million Btu per barrel 5.338 
million Btu per barrel 5.218 
million Btu per barrel 5.670 
million Btu per barrel 5.790 
million Btu per barrel 6.287 
million Btu per barrel 3.605 
million Btu per barrel 5.670 
million Btu per barrel 5.554 
million Btu per barrel 6.118 
million Btu per barrel 5.450 
million Btu per barrel 5.727 
million Btu per barrel 3.539 
million Btu per barrel 5.376 

million Btu per barrel 3.712 

Btu per cubic foot 1,029 
Btu per cubic foot 1,029 
Btu per cubic fool 1,030 
Btu per cubic foot 1,028 
Btu per cubic foot 1,025 
Btu per cubic foot 1,009 

Btu per kilowatthour 3,412 

Note: Conversion factors vary from year to year. Values correspond to thoae published by EIA lor 2006 and may 
differ slightly from model results. 

Sources: Energy lnfonnation Administration (EIA), Annual Energy Review 2006, OOE/EIA.0384(2006) (Washington, 
DC, June 2007), and EIA, AE02008 National Energy Modeling System run AE0200B.D030208F. 
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EXECUTIVE SUMMARY

This report is submitted pursuant to Section 51 of PA 07-242, which requires that electric

distribution companies submit a comprehensive resource plan to the Connecticut Energy

Advisory Board (CEAB). The creation of this report entailed a collaborative effort by The

Connecticut Light and Power Company (CL&P), The United Illuminating Company (UI)

(together, “the Companies”) and The Brattle Group, an independent economic consulting firm.

The Brattle Group conducted a regional electricity market analysis that examined how well

selected resource options fared in meeting the performance criteria outlined in PA 07-242 and

the CEAB Preferential Criteria for Evaluation of Energy Projects under a broad range of

potential future scenarios. The results of that analysis underlie the findings and

recommendations outlined below.

FINDINGS

After taking into account planned generation additions, recent and planned transmission projects,

and demand-side measures that are planned or underway, and assuming no retirements, new

electricity resources will not be needed to attain reliability targets for several years in

Connecticut or elsewhere in New England. Under most plausible futures, New England as a

whole will need additional resources mid-way through the next decade for reliability related to

resource adequacy. As part of the overall New England market, Connecticut will share in this

regional resource need, but additional resources located within Connecticut are not required in

this time frame for resource adequacy under the scenarios reviewed. Connecticut will not face a

localized resource shortfall for many years under the scenarios examined in this report. The

overall New England resource need that emerges mid-way through the next decade could be

satisfied by resources located either within or outside of Connecticut. Moreover, recent

transmission projects and planned generation additions will largely eliminate the critical power

flow bottlenecks into and within Southwest Connecticut that have historically made it difficult

and costly to serve load there.

Despite the lack of an imminent need for additional resources to satisf~i reliability targets,

however, we find that Connecticut power prices will continue to be both high and possibly
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unstable. This is due primarily to the fact that electricity prices in New England will remain

closely linked to natural gas prices, regardless of future events or resource decisions considered

in this study. Natural gas prices are volatile and uncertain, and likely to remain fairly high

relative to levels experienced in the 1 990s. Other important issues for Connecticut’s electricity

sector include carbon dioxide (C02) emissions levels under regional and ultimately national

climate policies, the availability and cost of renewable resources to satisfy renewable energy

requirements, as well as underlying economic growth and its relationship to future electric load

growth. Together, these important concerns can be addressed, at least in part, by resource

planning and regulatory policy.

Heavy regional dependence on natural gas for power generation has two potentially harmful

implications. First, consumers are exposed to high and uncertain power costs, because gas is the

price-setting fuel for electricity. Second, using large amounts of natural gas for electricity

generation may increase the potential of gas supply disruptions in the winter months when

overall natural gas use peaks (although examining the relationship between using gas as a

generation fuel and possible deliverability issues was beyond the scope of this study). But

because much of the existing generation base is gas-fired, to substantially change the region’s

dependence on gas would take a long time and entail exceptional effort and expense. There are

supply-side resource options (such as coal or nuclear) that could eventually reduce gas usage for

electricity production in New England, but each has capital cost and/or environmental

performance issues that may not coincide with other policy objectives. However, enhanced

demand-side measures that include energy efficiency can reduce gas usage while helping to meet

future resource needs at lower cost and with less environmental impact.

This analysis shows that the potential net benefits of increased DSM — including both energy

efficiency and demand response initiatives — are substantial across a range of potential future

market conditions. As long as capacity and energy remain expensive, and gas-fired generation is

on the margin, reducing capacity needs and energy usage through DSM will be valuable. DSM

geared toward energy efficiency can also reduce energy consumption, which can reduce overall

energy costs for customers while reducing emissions. (Note that DSM can reduce overall costs,

even though under some circumstances, average unit costs (0/kWh) may actually increase.
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When consumption volumes (kWh) change, a change in unit costs may not accurately reflect

overall customer impacts. In addition, the effect on particular customers or classes is a question

of cost allocation, a ratemaking issue that was not addressed in this study.) It should be noted

that the DSM-Focus resource solution represents a very ambitious, program that is

unprecedented in New England.

Connecticut and other New England states have ambitious and escalating renewable energy

procurement targets. However, the growing demand for renewable electric generation created by

these targets may outpace the development of eligible supplies. Connecticut has relatively

limited amounts of economically attractive renewable resource options, and New England states

on the whole may not achieve their aggregate renewable targets over the next decade.

Consequently, the regional price for renewable energy certificates (RECs) could rise above and

remain higher than the alternative compliance payment in Connecticut (other states altemative

compliance payments are higher than Connecticut’s and are likely to set the regional price in a

shortage situation). While Connecticut’s lower price cap helps contain costs for Connecticut

customers, it may also prevent Connecticut load-serving entities (LSEs) from obtaining RECs

when regional REC market prices exceed the Connecticut price cap level. Hence, there is a

significant possibility that Connecticut’s RPS requirements will not be met with renewable

electric generation, forcing LSEs increasingly to rely on payments to the state (at $55/MWh) for

shortfalls in obtaining renewable energy certificates (RECs). This could place a large economic

burden on ratepayers without displacing conventional generation with renewable generation.

Finally, future electricity market prices are likely to vary substantially, depending on future

market conditions, particularly the price of natural gas. Analyzing outcomes under a

hypothetical cost-of-service regime, in which customers pay for the cost of generation instead of

market prices, we find that the range of costs is smaller across different scenarios. Hence,

arrangements that incorporate cost-of-service principles could potentially enhance the stability of

rates. Although the hypothetical cost-of-service based customer pricing approach examined here

did not explore the specific means and conditions under which cost-of-service pricing would

yield lower customer costs than market-based pricing, the analysis suggests the potential for
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lower prices under cost-of-service pricing under some market conditions, than otherwise might

occur in the future External factors remain significant influences on customer costs.

RECOMMENDATIONS

The key findings outlined above are based upon the analysis performed by The Brattle Group,

and lead to four primary recommendations representing a possible path forward to improve

electricity procurement in Connecticut. Steps taken in response to these recommendations could

help provide Connecticut customers with reliable, environmentally responsible electric service at

more stable prices and potentially lower customer costs.

Recommendation 1: Maximize the use of demand side management (DSM), within

practical operational and economic limits, to reduce peak load and energy consumption.

The potential for increased DSM to reduce customer costs, gas usage, and environmental

emissions demonstrated in this analysis suggests that DSM should be pursued more aggressively.

State regulatory authorities should examine, and where possible, explore methods to implement

additional, cost-effective DSM. This would facilitate utility DSM programs to exceed current

levels and expand upon the success of existing DSM programs. While the need for capacity is

several years off in Connecticut, DSM programs are more cost-effective if they are pursued

consistently over time, so it is reasonable to begin the ramp-up to more aggressive DSM

programs in the near term.

The DSM resource investments assumed in this report far exceed the (already aggressive) levels

pursued by the Companies to date. The pace and magnitude of this expansion warrants careful

monitoring of resource availability, costs, and operational effectiveness as the programs develop

over time.
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Recommendation 2: Explore other power procurement structures such as longer term

power contracts on a cost-of-service basis with merchant and utility owners of existing and

new generation.

At the present time, the Companies are constrained to enter into contracts with third-party

suppliers with durations not to exceed three years to satisf\j standard offer service obligations,

which ensures that customers are exposed to power supply prices driven by short-term market

prices. Our finding that customer costs would be more stable under a hypothetical cost-of-

service regime suggests that supply arrangements incorporating cost-of-service principles could

help to stabilize customer rates and potentially, under certain conditions, lower prices for the

customer. This could be achieved by providing the Companies greater flexibility in the

structures and duration of their power supply arrangements on behalf of customers.

Options may include long-term contracting, procuring energy, capacity and reserve products

individually from generators and/or the outright ownership of generating assets, including

baseload generation that is not dependent on natural gas. By reducing the extent to which

utilities are forced to procure power through short-term contracts driven by regional spot market

prices, such alternative procurement options can reduce customers’ exposure to uncertain and

potentially high gas prices, and may provide to customers some benefits of a diverse fuel mix.

Addressing these issues may involve the use of procurement strategies and risk management

tools (such as fuel hedging strategies to complement electricity procurement) that go beyond

what can be done in a resource planning context. In addition, strategies such as these should be

coupled explicitly with the assurance of recovery of supply costs associated with approved long-

term power procurement contracts.

Recommendation 3: Evaluate the structure and costs of Connecticut’s renewable portfolio

standard (RPS) in the context of a regional re-examination of the goals and costs of similar

policies in New England.

Connecticut’s renewable portfolio standard as currently structured, while supporting

Connecticut’s renewable goals, may impose additional costs on Connecticut customers without
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necessarily promoting new renewable generation to displace conventional generation. This

observation suggests that additional study of RPS, structure and costs is warranted at both the

state and regional level to determine the best ways to meet future RPS requirements. At the state

level, for example, the criteria for disbursing funds derived from alternative compliance

payments might be re-examined under the current circumstances. Further analysis could also

examine the potential to fashion regionally-coordinated policies to address possible renewable

shortfalls and/or regional projects in transmission and renewable capacity.

Recommendation 4: Consider potential ways to mitigate the exposure of Connecticut

consumers to the price and availability of natural gas.

Non-gas baseload generation (e.g., coal, and nuclear) offers a greater reduction in gas use

(particularly in wintertime, when deliverability concerns are highest) than other resource options

studied in this report. Although not assessed in this report significant renewable generation

could also mitigate gas dependence.

To the extent that market participants’ investment in non-gas-fired baseload generation is

deemed insufficient to address these risks, state regulatory authorities should consider allowing

contractual or ownership arrangements or other policy options to enable or encourage investment

in such baseload capacity. Such options should be considered in concert with efforts to reduce

dependence on natural gas use in all sectors (e.g. heating). Both the cost and CO2 emissions

implications of all non-gas options should be considered.
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SECTION I: INTRODUCTION

A. BACKGROUND

On July 1, 2007 Connecticut Public Act 07-242 became effective, which advanced state energy

policy in a variety of areas, including efficiency, electric fuel flexibility, peaking generation and

the development of other electricity resources. Section 51 of PA 07-242 requires that the electric

distribution companies, The Connecticut Light & Power Company (CL&P) and The United

Illuminating Company (UI) submit a joint comprehensive resource plan to the Connecticut

Energy Advisory Board (CEAB) by January 1, 2008. A full text of Section 51 is attached as

Appendix I.

The primary motivation for Section 51 is a desire on the part of the Legislature to engage the

Companies in a comprehensive evaluation and planning process in order to support resource

procurement. Prior to enactment of PA 07-242, there was no established comprehensive

framework to compare potential investments in generation capacity, demand-side measures or

transmission enhancements in order to determine their effects on market outcomes, customer

costs or other important objectives. Section 51 outlines a process to establish such a framework,

and to provide other stakeholders an opportunity to examine and influence the analysis.

In order to perform the required analysis, CL&P and UI (the Companies) issued a Request for

Proposals to selected consultants shortly after PA 07-242 was enacted. After receiving proposals

from several organizations, the Companies selected The Brattle Group to conduct the analysis.

The Brattle Group is a privately-owned economic consulting firm with practice areas spanning

all major energy markets, finance and regulatory and litigation support. Founded in 1990 and

headquartered in Cambridge, Massachusetts, The Brattle Group has approximately 200 staff with

additional offices in Washington DC, San Francisco, CA, London, England and Brussels,

Belgium.

This report is the result of an intensely collaborative process involving the Companies and The

Brattle Group. The Brattle Group provided independent expertise and judgment regarding the

scope and framework for the analysis, constructed the scenarios, established the myriad



assumptions used in the modeling effort and performed all the analyses. The Companies

provided guidance and direction, and helped refine the scenarios and assumptions. The Brattle

Group and the Companies then interpreted the analysis, identified the primary observations

established the key findings, and formulated the recommendations set forth herein.

B. STUDY SCOPE

In broad terms, an analysis designed to fulfill the requirements of PA 07-242 will consist of the

following steps:

• Quantify the need for additional resources across a broad range of
uncertain future market conditions (i.e., under different scenarios);

• Identif~y potential resource solutions that are consistent with the goals
outlined in the statute;

• Evaluate the performance of resource solutions in future scenarios using
metrics derived from the statute’s requirements;

• Recommend resource procurement strategies and provide comments on
other policy changes.

The scope of the analysis was set out in the contract between the Companies and The Brattle

Group, which is attached as Appendix J. All of the primary objectives were met, although

several elements could benefit from additional analysis in subsequent versions, as discussed at

the end of this report.

C. LIMITATIONS

A study of this nature cannot simultaneously provide results on or insights into every

conceivable topic with the same degree of depth or confidence. Hence, there are limitations to

this analysis, many of which can be addressed in other venues (e.g., DPUC dockets) or in

subsequent versions of reports that respond to the annual requirements of PA 07-242 Section 51.

In particular, this study was not intended to provide a cost/benefit analysis of transmission

options; did not compare the economics of transmission vs. generation or vs. demand-side

options; and does not constitute a transmission reliability assessment. Such an assessment would

address the mandatory reliability criteria and standards established by various national and
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regional bodies, which are applied to the New England transmission system as part of the annual

New England Independent System Operator (ISO-NE) Regional System Plan (RSP).

D. ORGANIZATION OF THIS REPORT

Because of the broad range of issues considered and the comprehensive nature of the analyses,

this report is divided into five main sections. The body of the report describes the background,

the analytical approach and key assumptions, discusses the observations and key findings from

the analysis, and outlines the recommendations, and finally discusses study limitations and

suggested further analyses. A series of appendices follow, which further describe the

underpinnings of the analysis or provide a more in-depth discussion of important issues that

influenced the analysis. These Appendices are:

Appendix Topic

A Electricity Market Analysis
B Scenario Development
C Generation Supply Characterization
D DSM-Focus Resource Solution
E Renewable Energy
F CO2 Reduction Policies
G DAYZER Model Input Assumptions
H Evaluation Metrics
I Section 51 of PA 07-242
J Consultant Scope of Services

Finally, detailed analysis results for each scenario/resource solution/year are provided in a final

section.
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SECTION II: ANALYTIC METHODOLOGY

A. OVERVIEW

The current uncertainties in energy markets, the complexities of the ISO-NE markets and the

implementation of Connecticut energy policies require an innovative approach to assessing

resource strategies. Recent developments in global energy markets, volatility in U.S. electric

fuel markets, increased renewable energy requirements, emerging climate policies, rapidly

escalating utility construction costs, and continuing evolution in ISO-NE market structure has

made long-term electric resource planning extremely challenging. The Brattle Group has

developed a methodology that captures these elements and yields insights into the impacts of

alternative resource solutions.

The major elements of the analysis are:

• Develop scenarios spanning the range of plausible future trajectories of exogenous

factors that are largely beyond state policy makers’ control, including economic growth,

fuel prices, and federal climate legislation. Four internally-consistent scenarios are

constructed, “Current Trends,” “Strict Climate,” “High Fuel/Growth,” and “Low Stress.”

• Quantify the need for new resources to reliably meet electricity demand by comparing

existing (and planned) resources to the ISO-NE-wide installed capacity requirement and

the Connecticut local sourcing requirement established by ISO-NE. The requirements

vary by scenario because the load forecast varies.

• Identify candidate resource solutions, including supply-side and demand-side resources.

The four solutions identified for full analysis are “Conventional Gas Expansion,” “DSM

Focus,” “Nuclear,” and “Coal.” Each resource solution was further distinguished by the

degree of inclusion of the New England East-West Solution (NEEWS) proposed

transmission project — a version with all of NEEWS and a version with the Central

Connecticut Reliability Project portion omitted. All solutions are a hybrid of demand

side and a variety of supply-side resources, but each has a different emphasis as indicated

by the solution name.
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• Analyze resource solutions across scenarios and over time (2011, 2013, 2018, and

2030) using electricity market models. This was a comprehensive analysis — with four

scenarios, four resource solutions, two NEEWS assumptions and four years, the number

of cases analyzed became quite large.

• Define metrics for evaluating resource solutions along the policy objectives addressed

in Section 51, included customer costs, emissions, and reliability/security. Many of these

objectives are also reflected in the CEAB Preferential Criteria for Evaluation of Energy

Projects.

B. SCENARIO DEFINITION

Long-range analyses must address substantial uncertainty regarding external factors, which can

have important implications for evaluating potential resource solutions. Key external factors

include fuel prices, load growth, and changes in environmental regulation.

In this study, we develop several internally consistent future scenarios against which we evaluate

the resource solutions. Each scenario reflects a combination of particular values for the relevant

external factors and is characterized by an underlying “driver” in combination with settings of

other external factors that are consistent with this driver. The scenarios are designed so that the

particular combinations of external factors are relatively likely (factors that tend to “go

together”), and/or important (combinations that pose particular risks or opportunities to the

resource strategies).

One of the key steps in developing the scenarios is to understand the relationship between the

scenario drivers — here, economic growth, fuel price and CO2 allowance price — and electricity

prices and power demand. To create consistent relationship between these, we have considered

the interaction between economic growth and electric load, and also the feedback effects by

which fuel and CO2 prices affect power price, which then also influences power demand.

Different factors may have varying impact on energy demand vs. peak load, and we have

captured this distinction as well.

5



We have developed four scenarios for this analysis. They are described briefly below, and the

table following summarizes the scenarios. A complete description of the underlying drivers and

analyses that support the scenario parameters is contained in Appendix B.

Table 2.1: Scenario Summary

Scenario Name Fuel Prices Load Cost / Siting CO2 Price
“Current Trends” Moderate Moderate Nominal (high) Moderate

(high)

“Strict Climate” Slightly High Slightly Low Nominal (high) High

“High Fuel/Growth” Very High High Higher Somewhat
Higher

“Low Stress” Low Very High Moderate Moderate
(high)

i. Current Trends

The Current Trends scenario is based on a continuation of current conditions and expectations.

Fuel prices follow current futures prices, and are escalated at growth rates beyond the time

horizon of futures prices reported in Energy Information Administration (ETA) forecasts. Load

growth is based on ISO-NE Reference Case load growth forecast, which does not incorporate the

impact of DSM because DSM is represented as a resource and the load forecast reflects

electricity service rather than actual loads. This was adjusted for current and projected levels of

DSM to derive a net supply requirement to be supplied by resources other than current and

projected levels of DSM. Environmental (climate) policy reflects estimated CO2 emission

allowance prices from the Regional Greenhouse Gas Initiative (RGGI) through 2013, after whiöh

moderate federal climate legislation is enacted, resulting in a CO2 price of about $12/metric

tonne in 2014, growing to $26/tonne in 2030 (based on the “safety valve” price cap in the recent

Bingaman-Specter proposal, the Low Carbon Economy Act of 2007). Construction costs for

new generating capacity assume that recent price increases in materials and labor continue.

The analysis was conducted in real 2008 dollars; unless otherwise indicated, all dollar figures are in 2008
year dollars.
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ii. Strict Climate Policy

The Strict Climate Policy scenario is driven primarily by more ambitious federal-level climate

policy, based loosely on several of the more stringent legislative proposals that have been

introduced recently. This leads to higher CO2 prices: $26/tonne in 2012, to $60/tonne in 2030,

which translates into higher fossil fuel prices in the power sector. The higher CO2 price causes

some dispatch switching (from coal to gas) and likely a shift toward natural gas-fired generation

for capacity additions across the U.S., (particularly in coal-dominated regions, not necessarily in

New England); this increased natural gas demand pushes up U.S. natural gas prices somewhat

(though this is partly tempered by a decrease in non-electric use of natural gas). The overall

effect on gas prices is to increase them by about 10% (not including the implicit price increase

due to higher CO2 prices). The high CO2 price and higher gas price are reflected in higher

electricity prices, which cause a reduction in load growth relative to the Current Trends scenario.

iii. High Fuel/Growth

The High Fuel/Growth scenario is characterized by high (regional, national and/or global)

economic growth, in combination with substantially higher natural gas prices — up about 70%

from level assumed in the Current Trends scenario. High natural gas prices are driven at least in

part by high U.S. gas demand (and strong global demand for LNG, which limits its role in

holding domestic prices down). Oil prices are also increased by 20-30% from the Current

Trends scenario. (At this writing, oil prices have already increased nearly 20% since the Current

Trends fuel prices were set for the study.) Electric load growth in this scenario is affected by

two strong but opposing factors — high economic growth tends to increase load growth, while

higher fuel prices push up power prices, which tends to decrease load relative to what it would

otherwise be. On balance, the fuel price increase effect is stronger, and actual load growth in this

case is lower than in the Current Trends scenario. Federal climate legislation similar to that in

the Current Trends Case is assumed (e.g., a “safety valve” caps CO2 allowance prices), but the

CO2 allowance price cap is assumed to be set at 30% higher than in the Current Trends scenario.

This reflects the greater expense of achieving CO2 reductions with higher natural gas prices, and

the political acceptance of setting a higher “safety valve” price in the context of an era of high

economic growth.
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iv. Low Stress

Historically, periods of high prices are often followed by a return to earlier, lower price trends.

The Lowered Stress scenario reflects a return to somewhat lower fuel costs, reversing some of

the recent price increases. Fuel prices are about 40% below their Current Trends levels, with oil

and gas maintaining the same proportional relationship as in the Current Trends scenario.

Similarly, generation construction costs are lower than in the Current Trends scenario, as some

of the recent significant and rapid increases in construction costs abate somewhat over the longer

run. In response to the resulting decrease in power prices, load is higher than in the Current

Trends scenario. Federal climate legislation similar to that in the Current Trends scenario is

assumed.

C. QUANTIFICATION OF RESOURCE NEEDS

The purpose of this study is to identify the multi-attribute costs and risks associated with various

resources options for meeting future electricity needs. Hence the starting point for the study,

before describing the types of resources, is to quantif~’ the amount of new resources that will be

needed. Resource needs are driven primarily by reliability concerns: having enough generating

capacity installed to serve all demand during the hottest, highest-demand day of the year given

the possibility of unplanned generation outages, using a formal criterion that reduces the

probability of having inadequate generation to one day in ten years as required by NPCC.2

To that end, there are two simultaneous resource adequacy requirements affecting Connecticut

customers. One is the ISO-NE-wide installed capacity requirement (ICR), requiring each load

serving entity and the system as a whole to have a certain amount of installed capacity. The

2 ISO-NE must comply with the Northeast Power Coordinating Council’s resource adequacy design criterion,
which states, “Each Area’s probability (or risk) of disconnecting any firm load due to resource deficiencies
shall be, on average, not more than once in ten years. Compliance with this criteria shall be evaluated
probabilistically, such that the loss of load expectation [LOLE] of disconnecting firm load due to resource
deficiencies shall be, on average, no more than 0.1 day per year. This evaluation shall make due allowance
for demand uncertainty, scheduled outages and deratings, forced outages and deratings, assistance over
interconnections with neighboring Areas and Regions, transmission transfer capabilities, and capacity
and/or load relief from available operating procedures.”
See http ://www.npcc.org/documents!re~Standards/Criteria.aspx for more information.
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second is the Connecticut local sourcing requirement (LSR) requiring a certain minimum amount

of capacity to be located in Connecticut.

The analysis projects the necessary amount of new resources (the “resource gap”) based solely

on these two reliability requirements then examines the economics (and other metrics) of various

resource options for meeting that gap. This corresponds to the CEAB Preferential Criteria l.A

that resource proposals “meet identified energy needs.”3

i. ISO-NE Resource Requirements

Forecasting the amount of new supply or demand-side resources that must be installed for

reliability involves projecting the demand for electricity, then estimating the amount of resources

beyond those that are already in place (or already planned and underway) that will be needed to

reliably serve the peak demand in each year. The future demand for electricity is influenced by

economic growth and electricity prices — therefore both the demand for electricity and the

projected resource gap can vary across future scenarios. The following paragraphs describe the

resource gap for the Current Trends scenario, followed by a table describing the resource gap for

the other three scenarios.

The load forecast used in the Current Trends scenario is taken directly from the ISO-NE’s ten-

year hourly energy requirements forecast corresponding to normalized weather conditions and

that accounts for transmission and distribution losses. Our understanding is that it is not reduced

based on any expected demand response or new energy efficiency programs, so additional

adjustments were made to incorporate these programs, as described below.

The amount of resources in place must exceed the forecasted peak load in order to prepare for

anomalously hot weather and uncontrollable outages of generating plants. Based on standard

probabilistic modeling techniques, ISO-NE has determined that the Installed Capacity

Requirement (ICR) must exceed the peak load forecast by 16-17% (varies by year) in order to

achieve its target reliability standard, which allows for a loss of load expectation (LOLE) of no

~ The full text of this criterion reads: “The CEAB will evaluate the consistency of a proposal with forecasted

energy needs as identified by the Regional System Operator, the Connecticut Siting Council, the State
Energy Plan and other resources that it deems to be relevant and appropriate.”
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more than one day in ten years. Under ISO-NE rules, installed generating capacity, ISO-callable

demand response, and firm imports all count toward the ICR.

This study also considers planned new resources (described in Appendix A), including:

1,107 MW of new generating capacity that is either under construction,
under contract or recently operational in Connecticut: Wallingford/Pierce
(100 MW), Kleen Energy (560 MW summer/620 MW winter), Waterbury
CT (80 MW summer/96 MW winter), DG Capital Grant projects (130
MW; 96 MW of which is counted on the supply side), long-term
renewable energy contracts (150 MW), an expansion at Cos Cob (40 MW),
and an uprate at Millstone 3 (81 MW).

• 279 MW of new combustion turbines to meet the fast-start requirement in
Connecticut based on an analysis of the Local Forward Reserve Market
(LFRM) requirements described in Appendix A. This figure was very
close to the level reflected in a December 14, 2007 DPUC decision that
derived 282 MW of fast-start resources.

• More than 700 MW of peak demand savings by 2011, and more than
1,000 MW of peak demand savings by 2018 from demand response (DR)
and energy efficiency (EE) programs already underway or planned by the
Companies. EE programs also reduce future energy requirements by
1,l68GWhby2Oll and2,821 GWhby2Ol8.

• It was assumed that the rest of New England would also develop new DR
and EE at half the rate Connecticut develops new DR and EE per
megawatt of load.

• It was assumed that no existing Connecticut capacity would retire, based
on a preliminary screening analysis, as discussed further in Appendix C.

Figure 2.1 shows all of these elements and calculates the “resource gap” as the difference

between the ICR and the already-planned resources. As the figure shows, there is no gap in the

Current Trends scenario in 2011 or 2013. By 2018, ISO-NE will need approximately 1,500 MW

of new resources.

Figure 2.1 also shows the unplanned resources that would be added in 2018 and 2030 as part of

the Nuclear solution. (Corresponding figures for the other scenarios and solutions are provided

in Appendix A.) Note that the “Nuclear” solution is actually a hybrid resource solution (as are

the Coal and DSM-Focus solutions, since they also incorporate additional gas-fired generation).

It includes one 1,200 MW nuclear unit, assumed to be located in Connecticut, and gas-fired

generation is added to meet the remaining resource gap.
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Figure 2.3: Connecticut Planned DSM Shown as a Portion of Peak Load
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This study evaluated the economic and other impacts of four types of resource solutions that

differ in character and impact: “Conventional Gas Expansion,” “Demand-Side Focus,”

“Nuclear,” and “Coal,” each of which is described below. It is important to note that all of these

solutions contain a blend of generation technologies and significant amounts of DSM. All

include at least the “reference” or “base” amount of DSM planned by the Companies, which

provides a significant resource before additional resources are added. All resource solutions rely

on gas-fired generation (primarily CCs) to meet any resource gap that remains after adding one

1,200 MW nuclear or coal plant or additional DSM measures.

i. Conventional Gas Expansion

The “Conventional Gas Expansion” solution uses only gas-fired combined-cycles (CCs) and

combustion turbines (CTs) to meet the identified resource gap in each scenario.6 The particular

6 While we model gas-fired CCs and CTs, we recognize that such capacity could be dual-fuel capable with

distillate oil back-up.
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technology and location of each resource was selected based on economics. Primarily CCs were

selected because their higher energy margins more than offset their higher capital costs and fixed

operating and maintenance costs. CCs were assumed to be located primarily outside of

Connecticut because the incremental energy margins appeared to be insufficient to offset the

higher construction and operating costs in Connecticut than in the rest of New England. CCs in

Connecticut were estimated to cost $869/kW, and CTs were assumed to cost $598/kW.7 The

three other solutions are similar to the Conventional solution, except that they replace 600-1,200

MW of CCs with alternative resources.

ii. DSM-Focus

Section 51(c) requires that “energy resource needs shall first be met through all available energy

efficiency and demand reduction resources that are cost effective, reliable and feasible.” The

DSM-Focus resource solution assumes the effectiveness of significantly higher amounts of DSM

investments that (a) “aim higher/go deeper,” i.e., strive for the highest efficiency levels in end-

use consumption that are cost-effective; (b) accelerate the retirement of inefficient customer

systems; (c) integrate program design and delivery; and (d) integrate with other state-wide

initiatives, such as the Climate Change Action Plan and the Govemor’s Energy Vision. The

amount of DSM contemplated in this resource solution is unprecedented in New England.

The DSM-Focus resource solution builds on successful, and aggressive existing DSM programs,

i.e., the “Reference Case DSM,” that is assumed to be present in all scenarios and thereby

implicit in other resource solutions. We use the existing and currently-planned level of DSM

investment as the “Reference Case DSM” in all solutions except the DSM-Focus solutions. In

the “DSM-Focus” resource solution, the existing DSM programs expand in several directions,

enabled by substantially higher funding levels. By 2018, demand savings from the DSM-Focus

scenario constitutes about 19.1% reduction of system peak.8 While Reference DSM eliminates

about 93% of potential load growth between 2008 and 2018, the DSM-Focus resource solution

~ Other key characteristics for CCs and CTs include fixed O&M costs of $29.7 and $26.7, variable O&M costs

of$1.4 and $3.2, and heat rates of 7,000 and 10,200, respectively. Real capital charge rates of 10.7% were
applied to calculate annual capital carrying charges.

8 Beyond 2018 savings from EE and DR programs were assumed to grow at the same rate as Connecticut

system peak.
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actually reduces demand to below current levels by 2018 in the Current Trends scenario, as

shown on Figure 2.3.

Figure 2.4: CT Peak Demand (MW) Forecast under Different DSM Scenarios
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Source: 2007-20 16 CT Peak Demand (MW) data from ISONE spreadsheet titled “isone~2007jorecast_data.xls.”
2007-20 18 CT Peak Demand (MW) data based on The Brattle Group extrapolation of hourly ISONE data. DSM
data for the Reference and DSM-Focus cases provided by the Companies.

iii. Nuclear and Coal Solutions

The purpose of the Nuclear and Coal solutions is to evaluate the addition of about 1,200 MW of

high capital cost/low fuel cost baseload capacity in Connecticut, with different characteristics.

The nuclear generation has very low fuel cost and emissions, but potentially very high capital

cost, while coal units have somewhat higher fuel costs and lower capital costs than nuclear but

significant CO2 emissions. These resource solutions are designed to test an alternative to the

conventional gas-fired CC and CT generating capacity expansion strategy. The first step to

constructing these solutions was to perform a screening analysis to identify the most economic

baseload technologies. This analysis is described in Appendix C. The screening analysis
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indicated that nuclear and super-critical coal without carbon capture and sequestration had

relatively favorable costs compared to other possible technologies.

The capital cost of nuclear is a major uncertainty that could have a major effect on its economics

relative to coal, and so it is difficult to conclusively prefer one technology over the other. In

addition, it should be noted that large baseload coal and nuclear plants have longer lead times

than gas-fired combined cycle, and therefore represent a larger financial commitment over a

longer period of time.

iv. Characteristics of Resource Solutions

The resource solutions in this study are evaluated primarily based on their expected cost and

performance characteristics, such as efficiency and emissions. However, there are many

attributes of resource solutions that are not well captured in such an analysis. For example, some

resource solutions require more up-front commitment while others are more readily scaled up or

scaled back in response to emerging market conditions. These attributes are summarized below.

This includes certain risks of costs and operational performance, lead times, and the ability to

scale investment commitments over time to respond to evolving market conditions. The

following table characterizes the resource solutions along selected dimensions that are not

analyzed quantitatively in this study.

‘table 2.4: Other Factors Affecting Resource Solutions

Conventional DSM-Focus Nuclear Coal

Siting/Permitting Challenges Med Low High High

Capital Cost Uncertainty Med Low Very High High

Lead Time Med Low Very High High

CommitmentlScale Risk Med Low Very High High

Operational Performance
. Low Med Low Low

Risk
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E. ANALYSIS OF SOLUTIONS USING MARKET MODELS

The impact of each of the four resource solutions across all four scenarios is analyzed using

structural models of the ISO-NE’s energy and capacity markets. These markets, their recent

performance, and how they are modeled in this study, are described in detail in Appendix A.

This section of the report provides only a brief overview.

I. ISO-NE Energy Market Modeling

The IS 0-NE administers day-ahead and real-time energy markets in which the lowest cost

generation (based on bids and subject to transmission constraints and operating constraints) is

dispatched to meet the demand on the system at each moment. These markets establish a market

clearing price, which is the basis for settlement, i.e., the amount that load serving entities pay and

generators get paid for energy. The clearing price varies by node, reflecting the costs of

transmission congestion and marginal losses when transmitting power between any two nodes.

Because there are transmission constraints and losses both into and within Connecticut, it is

important to consider these factors and the broader ISO-NE energy market in an integrated

resource plan for Connecticut. To do this, we have employed DAYZER, a state-of-the-art power

market simulation model developed by Cambridge Energy Solutions (CES). The data inputs to

DAYZER represent all of the elements of supply, demand, and transmission in the ISO-NE system

and how these elements evolve over time depending on resource strategies.9 Using these inputs,

DAYZER simulates the ISO-NE’s operation of the system and its administration of the energy

market. The model outputs include hourly locational marginal prices, dispatch costs, generation, and

emissions for every generating unit in New England, and transmission flows and congestion. These

outputs are the basis for evaluating outcomes with one resource solution versus another.

In order to be consistent with the statute’s requirement for three, five, and ten-year outlooks, it

was necessary to simulate years 2011, 2013, and 2018. The year 2030 was also simulated in

order to test the long-term implications of decisions made over the next ten years. The data

inputs for these future years were developed in four steps.

~ Data inputs are described in detail in Appendix G.
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1. First, by developing an accurate representation of today’s system. This involved

representing every element of the current transmission system using a dataset from ISO-

NE, auditing the load and generation inputs against ISO-NE sources, and reviewing data

with the Companies to identify any errors or omissions.

2. Second, by projecting likely changes in fundamentals, including load growth, demand-

side management, generation development and retirements, fuel and emission allowance

prices, and transmission enhancement, based on current trends and plans (this becomes

the “Current Trends” scenario).

3. Third, by adding sufficient unplanned resources to meet the ISO-NE’s resource adequacy

requirements for ISO-NE as a whole and for Connecticut specifically, as discussed in

Section III. The types of unplanned resources vary by Solution: gas-fired combined cycle

(CC) plants and combustion turbines (CT) in the Conventional resource solution, large-

scale coal or nuclear plants in the Nuclear and Coal resource solutions, and additional

demand-side management (DSM) programs in the DSM-Focus solution. Because these

cases are otherwise identical, the differences in outcomes reflect only the differences in

value among the various solutions tested.

4. Fourth, by varying the uncontrollable, exogenous factors of fuel and allowance prices and

economic growth according to the Current Trends, High Fuel/Growth, Strict Climate, and

Low Stress scenarios described above.

ii. ISO-NE Capacity Market Modeling

ISO-NE also administers a capacity market to facilitate a liquid, transparent mechanism for

market participants to buy and sell capacity to meet their resource adequacy requirement.

Capacity payments have been a significant cost component for load serving entities and are

likely to become larger in the future as the current ISO-wide capacity surplus diminishes. More

information will become available when the first forward capacity market (FRM) auction for

2010/11 delivery occurs in February, 2008.

In this study, it was assumed that the forward capacity price would be at the designated floor of

$4.50/kw-mo in 2011, when there is substantial overcapacity in all scenarios (except Low Stress,

which is at equilibrium). The capacity price was then projected to trend toward the net cost of
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Figure 2.1: ISO-NE Supply-Demand Balance and Nuclear Resource Solution in Current
Trends Scenario

45000

40,000

35,000

2011 2013 2018 2030
*Existing generation includes imports, net purchases, and New Boston retirement. All planned generation includes Waterbury, Kleen, Additional LFRM
Required CT, Wallingford/Pierce unit, DG Capital Grant Projects, Renewable Energy Contracts, Cos Cob expansion, and Millstone 3 uprate.

Each of the four scenarios analyzed depicts a different future evolution of the New England

electricity market. As a result of using different underlying demand forecasts and adjusting for

the impact of different fuel and electricity prices expected in the scenarios, the projected peak

load levels will vary among the scenarios. Because the other adjustments described above are

assumed fixed across scenarios, the magnitudc of the expected “resource gap” will therefore vary.

Table 2.2 shows how the projected resource gap evolves under each scenario in ISO-NE

As also seen in this table, the ISO-NE resource gap varies dramatically across scenarios. For

example, the resource gap in 2018 varies from about 1,000 MW in the Strict Climate scenario

(where high fuel and electricity prices depress load growth) to almost 4,500 in the Low Stress

scenario (where generally lower fuel and electric prices lead to higher demand growth). The

parameterization of the scenarios has captured a broad range of resource needs over the next

decade, at least at the ISO-NE level.
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Table 2.2: Resource Gap Relative to ISO-NE Installed Capacity Requirement (MW)

2011 2013 2018 2030

CROSS LOAD BY SCENARIO [1]
ISO Base Case Peak Load 29,650 30,675 32,664 37,698
Current Trends Scenario 29,650 30,675 32,664 37,698
Strict Climate Scenario 29,239 30,158 31,871 36,784
High Fuel/Growth Scenario 29,429 30,699 33,391 38,538
Low Stress Scenario 30,692 32,135 35,247 40,680
Reserve Requirement 16.2% 16.5% 16.6% 16.6%

SUPPLY
2008 Internal Installed Capacity [2] 30,855 30,855 30,855 30,855
Planned Capacity Additions [3] 1,107 1,107 1,107 1,107
Assumed Addition of Fast-Start Capacity to Meet LFRM Requirement [4] 279 279 279 279
Existing Purchases & Sales [5] 291 291 291 291
Hydro Quebec Imports [6] 1,400 1,400 1,400 1,400
Adjustment for Planned Additions Already Included in [2] [7] (85) (85) (85) (85)
Planned Supply [8] 33,847 33,847 33,847 33,847

DSM [9]
Current Trends Scenario 1,534 1,812 2,355 2,704
Strict Climate Scenario 1,328 1,554 1,959 2,247
High Fuel/Growth Scenario 1,004 1,165 1,456 1,668
Low Stress Scenario 1,534 1,812 2,355 2,704

SHORTFALL (SURPLUS)
Current Trends Scenario (1,163) (225) 1,492 6,957
Strict Climate Scenario (1,402) (525) 1,030 6,423
High Fuel/Growth Scenario (805) 557 3,389 9,144
Low Stress Scenario 48 1,476 4,504 10,433

Sources and Notes:
[1]: Grossed up for DSM.
[2]: 2007 CELT report; reduced by 350 MW per ISO to reflect New Boston unit retirement.
[3]: Includes Wallingford/Pierce (100 MW), Kleen Energy (560 MW summer/620 MW winter), Waterbury CT

(80 MW summer/96 MW winter), DG Capital Grant projects (130 MW; 96 MW of which is counted on the supply side),
long-term renewable energy contracts (150 MW), an expansion at Cos Cob (40 MW), and an uprate at Millstone 3 (81 MW).

[4]: Assumed addition of fast-start capacity to meet Connecticut LFRM requirement.
[5]-[7]: 2007 CELT report.
[8]: [2]+[3]+[4]+[5]+[6]+[7].
[9]: Grossed up by a factor of 1.08 for transmission and distribution losses.

ii. Connecticut Local Sourcing Requirement

ISO-NE also imposes local sourcing requirements (LSR) for Connecticut and Boston to ensure

that the target LOLE is achieved in these load centers. However, Figure 2.2 shows that there will

be no resource gap through 2030 under the Nuclear resource solution — due primarily in the early

years (2011 and 2013) to planned generating additions and aggressive DSM measures — and

Table 2.3 shows that none of the scenarios have a resource gap with respect to the local sourcing
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requirement.4 The candidate resource solutions that add capacity within Connecticut do so for

reasons other than the LSR, i.e., to meet the ISO-NE installed requirement and to affect

Connecticut’s policy objectives regarding cost, environmental emissions, and fuel diversity.

Figure 2.2: Connecticut Supply-Demand Balance and Nuclear Resource Solution in
Current Trends Scenario
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and 2016: for every megawatt of load growth in Connecticut, the LSR increases by 1.26 MW.
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Renewable Energy Contracts, Cos Cob expansion, and Millstone 3 uprate.
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Table 2.3: Resource Gap Relative to Connecticut Local Sourcing Requirement (MW)

2011 2013 2018 2030

LOCAL SOURCING REQUIREMENT IN CONNECTICUT
Current Trends Scenario 7,251 7,718 8,086 9,506
Strict Climate Scenario 7,114 7,546 7,824 9,210
High Fuel/Growth Scenario 7,177 7,726 8,326 9,778
Low Stress Scenario 7,599 8,204 8,938 10,471

SUPPLY
2008 Internal Installed Capacity [1] 6,999 6,999 6,999 6,999
Inclusion of Lake Road Units in Connecticut [2] 233 699 699 699
Additional Planned Capacity [3] 1,107 1,107 1,107 1,107
LFRM CT [4] 279 279 279 279
Purchases & Sales [5] (100) (100) (100) -

Internal Gen Capacity [6] 8,518 8,984 8,984 9,084

DSM [7]
Current Trends Scenario 763 881 1,108 1,255
Strict Climate Scenario 709 813 1,005 1,137
HighFuel/GrowthScenario 619 700 833 943
Low Stress Scenario 763 881 1,108 1,255

CONNECTICUT LSR SIIORTFALL (SURPLUS) [8]
Current Trends Scenario (2,229) (2,376) (2,295) (1,159)
Strict Climate Scenario (2,297) (2,462) (2,426) (1,307)
High Fuel/Growth Scenario (2,120) (2,140) (1,708) (494)
Low Stress Scenario (1,881) (1,890) (1,443) (194)

Sources and Notes:
[1]: 2007 CELT report; Excludes Lake Road units which are physically in Connecticut but electrically in Rhode Island.
[2]: In 2011, one Lake Road unit (233 MW) is electrically transferred to Connecticut via an elective transmission upgrade

by Lake Road. In 2013, the remaining two Lake Road units (466 MW) are electrically transferred to Connecticut via the
NEEWS transmission project. We conservatively did not account for any additional increase in import capability
associated with NEEWS in this analysis of resource adequacy.

[3]: Includes WallingfordfPierce (100 MW), Kleen Energy (560 MW summer/620 MW winter), Waterbury CT
(80 MW summer/96 MW winter), DG Capital Grant projects (130 MW; 96 MW of which is counted on the supply side),
long-term renewable energy contracts (150 MW), an expansion at Cos Cob (40 MW), and an uprate at Millstone 3 (81 Mw:

[4]: Assumed addition of fast-start capacity to meet Connecticut LFRM requirement.
[5]: 2007 CELT report. Accounts for a 100 MW capacity contract with Long Island across the Cross-Sound Cable.
[61: [1]+[2]+[3]+[4]+[5].
[7]: Grossed up by a factor of 1.08 for transmission and distribution losses.
[81: DSM is grossed up by 0.26 for consistency with the Local Sourcing Requirement.

It is important to note that the projected LSR surplus under the Current Trends scenario is very

different than the Connecticut Resource Balance presented in the recent Connecticut Siting

Council (CSC) report.5 However, the potential resource needs identified in that report were

~ See Review of the Ten Year Forecast of Connecticut Electric Loads and Resources 2007-2016, Connecticut

Siting Council, November 14, 2007, Table 3, page 13.
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based on the ISO-NE “90/10” forecast (e.g., the peak loads that the ISO would expect would be

exceeded only 10% of the time) rather than the normalized forecast distribution used in the LSR

determination, and the CSC evaluation also provides for the potential retirement of 1,600 MW of

oil-fired capacity in 2011 and 2,000 MW in 2013, as a consequence of capacity reaching 40

years in service. In addition, the CSC accounts for two plants that have been approved (Meriden

& Oxford) but not constructed, for a total of about 1,050 MW additions. Perhaps most

importantly, however, is the fact that the assumed level of DSM in Connecticut (based on the

Companies’ current plans) is quite substantial in all scenarios — even before considering the

“DSM-Focus” resource solution. These assumptions are different than the expectations that

govern our “Current Trends” scenario (see Appendix A for additional information).

D. RESOURCE SOLUTIONS

Resource solutions refer to investments that market participants or the Companies could make in

supply or demand-side resources, and/or transmission capability. Potential solutions differ in

composition, but this study assumes that they do not differ in the quantity of resources that

would be added. All solutions just fill the resource gaps discussed in Section III. To assume less

would imply an expectation that planners would fail to maintain a reliable system and/or that

market participants would overlook opportunities to earn more than their cost of capital (the

forward capacity market would theoretically clear above the net cost of new entry if there were a

shortage). To assume more would imply that planners build more capacity than is needed and/or

that market participants would make investments that earn less than their cost of capital (the

forward capacity market would theoretically clear below net cost of new entry if there were a

surplus). This analytical construct does not imply that imbalances in the form of capacity

deficiencies or surpluses cannot occur, but simply acknowledges the tendency for markets to

trend toward equilibrium over time, and that it is not possible to predict when transient

imbalances might actually occur.

One of the challenges of evaluating resource solutions in the context of a deregulated generation

market such as ISO-NE is the extent to which cost-of-service based investments or contracts

might complement or compete with investments made by third parties such as unaffiliated
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generation companies. At this stage, we do not distinguish between generation investments

made by other market participants and those that may be made by the Companies on a cost-of-

service basis (we do assume that the demand-side resource solution is pursued by the

Companies). In all resource solutions/scenarios there are assumed generation investments made

in other parts of ISO-NE between 2008 and 2018. In some resource solution/scenario

combinations additional generation is also built in Connecticut as needed to maintain reliability

criteria and/or that reflects economic new entry. Thus, all of the resource solutions examined

here represent a blend of supply and demand-side resources that could emerge in the market; the

specific resource solutions examined here essentially emphasize particular approaches.

The Companies’ “Base” or “Reference” level of planned DSM included in all solutions is

aggressive and has a significant impact on Connecticut load and energy. The planned DSM

reduces total Connecticut energy by 1,168 GWh by 2011 and 2,821 GWh by 2018, and cuts

Connecticut peak load by approximately 10% in 2010. Figure 2.3 shows the impact of planned

DSM in the Current Trends Scenario. These programs are expected to cost approximately $120

million per year by 2009 (in 2008 dollars) and stay at that level in real terms for 10 years.
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new entry (Net CONE) in the first year in which the market came into supply/demand

equilibrium. Net CONE is given by the capital carrying cost plus annual fixed O&M costs

minus the energy margins of new units.

As described in greater detail in Appendix A, we have projected capacity prices generally below

the initial floor, due to the projected energy margins for CCs, which are much higher than for

CTs (which are only slightly less expensive to build) on which the initial floor was based.

F. EVALUATION METRICS

After resource solutions are tested in DAYZER and other offline analyses, they are compared to

each other using multiple evaluation metrics that correspond to the objectives outlined in PA 07-

242 and also reflect the CEAB Preferential Criteria for the Evaluation of Energy Proposals.

These metrics measure economic impacts such as resource costs and customer costs under

various assumed pricing regimes; and also include reliability indices, environmental impacts,

fuel diversity and energy security considerations. These metrics represent key indicators of the

multi-attribute benefits and costs associated with each resource solution, and their values under

each scenario help illuminate tradeoffs among the objectives and the expected benefits and risks

of pursuing specific investments. These metrics include:

• Total Going Forward Resource Cost — a measure of the total value of resources

consumed in meeting Connecticut loads.

• Market Cost of Generation a measure of the costs that the Companies bear in serving

their retail customers under existing short-term procurement rules and ISO-NE market

prices.

• Cost of Service Generation — a measure of how the costs of generation would be

reflected in Connecticut customers’ bills under a hypothetical return to traditional cost

of-service pricing principles.

• Reserve Margins and Load Factor — measure the degree to which supply resources

exceed demands and the relationship between peak load and average load.
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• Fuel Diversity and Security — measures of the contribution of power generation to

overall gas demand and particularly wintertime peak gas demands.

• Environmental Outcomes — measures of generation emissions and degree of compliance

with RGGI CO2 targets and renewable generation goals.

These measures are explained further in Appendix H.
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SECTION III: FINDINGS

This section presents the analytical results, with a sub-section and graphs for each evaluation

metric described in the previous section (and in more detail in Appendix H). Key conclusions

that can be drawn from the analysis are discussed in the final sub-section.

A. EVALUATION METRIC RESULTS

i. Total Going-Forward Resource Cost

Total Going-Forward Resource Cost includes capital carrying cost on new unplanned generation,

fixed O&M, variable O&M, fuel cost, allowance cost, RPS cost, the costs of energy and capacity

imports into Connecticut (at market prices), and DSM program costs. DSM costs for energy

efficiency programs are capitalized over 10 years to reflect an average life of efficiency

investments; this treatment differs from that in the Customer Cost metrics, where energy

efficiency program costs are expensed in the year incurred in order to be consistent with current

ratemaking practices.

Figure 3.1 shows the total annual going-forward resource cost for each resource solution (shown

as vertical lines, with color-coded markers) across each scenario (shown as markers on each

vertical line) for each year. This figure, and similar figures that follow, makes it possible to

compare resource solutions to each other and to see how cost/performance changes over time and

as external factors vary.

Some key observations about Figure 3.1 are:

• Costs increase over time, driven by load growth and CO2 allowance costs.

• Costs in any given year vary more by scenario than by resource solution. For example,

costs are highest in the High Fuel/Growth scenario due to a 70% increase in gas prices

compared to the Current Trends scenario.

• The costs of various resource solutions are indistinguishable in the initial years because

the resource solutions do not yet differ significantly: baseload plants are not online until

after 2013, and the additional DSM in the DSM-Focus solution has not yet ramped up to

a level that is much higher than in the other resource solutions.
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• In 2018 and 2030, the DSM-Focus resource solution has the lowest costs in every

scenario except High Fuel/Growth, in which prices are high enough to induce much

natural load reductions, reducing the incremental effectiveness of DSM programs. DSM

Focus is a close second in this scenario.

Figure 3.1: Total Going-Forward Resource Cost (Annual)
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*TOtal Resource Cost includes capital carrying cost on new unplanned generation, fixed O&M, variable O&M, fuel cost, allowance cost,
RPS cost, CT energy import and export cost, net CT capacity import cost, and DSM program costs. Note that DSM costs for energy
efficiency programs are capitalized over 10 years here; this treatment differs from that in the Customer Cost graphics, where energy
efficiency program costs are expensed in the year incurred.

ii. Customer Costs

Total Customer Cost in the Market Regime includes load at LMP, capacity, revenues from

financial transmission rights, an adjustment for losses, spinning reserve costs, uplift costs, the

cost of the forward reserve requirement, DSM program costs (expensed, not capitalized), RPS

costs, and a 15% premium on the energy and generation components to reflect quantity risk,

market price risk, and credit risk faced by wholesale suppliers of standard offer service. Figure

3.2 shows the Total Customer Cost in the market regime following the same format as Figure 3.1.

Some key observations about Figure 3.2 that differ from Figure 3.1 are:
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• Even more than the Total Resource Cost, market-based Customer Costs vary

substantially based on scenario drivers, especially the price of gas and the level of

demand.

• The DSM-Focus solution has slightly higher costs in 2011 and 2013 because the cost of

energy efficiency programs are expensed instead of capitalized. However, by 2018,

substantial energy efficiency has accumulated in addition to demand response, resulting

in energy and capacity savings that significantly outweigh ongoing program costs

(relative to other resource solutions) in every scenario.

Figure 3.2: Total Customer Cost in Market Regime (Annual)
$8.0

$7.5 Key

$7 0 High Fudlrtrowth 0 • •
Strict CJin,atc A A A A I

$65 Current Trends ~ I
Low Stress • + • •

I AA
0 I

• ~ • 0
~$50 I

$45 — e •
AA

$40 ~

$35 +

$3.0 __________ ____________________

22 ~ t.~ 22 ~ 22 ~ 22 ~

*Total Customer Cost in Market Regime includes load at LMP, capacity, FTRs, adjustment for losses, spin, uplift, fast-start, DSM
program costs (expensed, not capitalized), RPS, and a 15% premium on the energy and generation components to reflect quantity risk,
market price risk, and credit risk faced by wholesale suppliers of standard offer service.

Figure 3.3 shows Customers’ Average Unit Costs in the market regime, given by the annual

customer cost divided by the annual energy requirement to serve Connecticut load. (This is not

equivalent to the rate for any particular customer class, which will depend on future ratemaking

decisions regarding incidence of DSM costs, etc.) Some observations that differ from the

previous figures are:
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• The various resource solutions have almost no impact on the unit cost since they do not

change the fact that gas-fired resources set the market price.

The cost-savings available from DSM, due to the reduction in volume consumed, is not

apparent from unit costs. Hence, unit costs by themselves may not be as useful an

indicator as total customer costs.

Figure 3.3: Average Unit Cost in Market Regime
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costs (expensed, not capitalized), RPS, and a 15% premium on the energy and generation components to reflect quantity risk, market price
risk, and credit risk faced by wholesale suppliers of standard offer service.

Total Customer Cost in Cost-of-Service Regime is similar to the Total Resource Cost shown in

Figure 3.1 plus a hypothetical “embedded cost” of existing generation, and DSM costs are

expensed instead of capitalized. Figure 3.4 shows Customer Costs in the hypothetical cost-of-

service regime. Some of the key observations that differ from the previous metrics are:

• Customer costs vary much less than in the market regime because the cost of non-gas-

fired generation is fixed as gas prices fluctuate.
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o As in the market-based regime, customer costs appear higher initially in the DSM-Focus

resource solution if the increased energy efficiency costs are expensed rather than

capitalized during the ramp-up/investment period. By 2018, DSM-Focus has the lowest

customer cost in every scenario.

Figure 3.4: Total Customer Cost in Cost-of-Service Regime
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*Total Customer Cost in Cost of Service Regime includes capital carrying cost on new unplanned generation, fixed O&M, variable O&M,
fuel cost, allowance cost, RPS cost, CT energy import and export cost, net CT capacity import cost, and DSM program costs (expensed,
not capitalized).

Figure 3.5 shows the Customers’ Average Unit Costs in the cost-of-service regime, given by the

annual customer cost divided by the annual energy requirement to serve Connecticut load. Some

salient observations are that, again, unit costs are more stable with respect to scenarios than in

the market-based regime, and unit costs are not a good indicator of the value of increased DSM.
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Figure 3.5: Average Unit Cost in Cost-of-Service Regime
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*Average Unit Cost in Cost of Service Regime includes capital carrying cost on new unplanned generation, fixed 0&M, variable 0&M,
fuel cost, allowance cost, RPS cost, CT energy import and export cost, net CT capacity import cost, and DSM program costs (expensed,
not capitalized).

Figures 3.6-9 show the components of customer costs under both regimes. Some salient

observations are:

• Unit cost projections are lower in the cost-of-service regime because the costs were

derived under a hypothetical cost of service regime for all in-State generation, with

embedded costs in the cost-of-service regime based on historical book values, known

Reliability Must-Run contract costs and asset sales prices. This computation is intended

to illustrate qualitative differences between regimes, not to imply that the computed cost

of-service rate can actually be fully realized.

• Energy costs are the largest component of the market-based cost, reflecting wholesale

electricity prices that are set largely by (high) natural gas prices. This component is

much larger than the corresponding fuel + variable O&M and allowance costs under the

cost-of-service regime.

30



• Across scenarios, the energy cost varies much more in the market-based regime reflecting

customers’ exposure to gas prices.

Figure 3.6: Average Customer Cost Components (0/kWh)
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Figure 3.9: Average Customer Cost Components (~/kWh)
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iii. Connecticut Load Factors

Figure 3.10 shows the projected load factor for Connecticut under each scenario and resource

solution, net of DSM. Key observations are:

• Load factors are projected to improve relative to today then deteriorate from 2011

onward.

o This pattern is driven by the load forecast, the effect of DSM (demand response, which

reduces peaks, is assumed to be implemented more rapidly than efficiency), and the

differential effect of prices on peak vs. average consumption assumed in the scenarios.

Low Stress Scenario
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Figure 3.10: Connecticut Load Factor (Net of DSM)
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iv. CO2 Emissions

Figure 3.11 shows power sector CO2 emissions and the RGGI cap for only the six RGGI states

that are located in ISO-NE. A surplus or deficiency does not indicate whole RGGI-region status.

Key observations are:

• CO2 emissions are expected to increase as load grows, except possibly in the Nuclear

resource solution (adding more than one nuclear unit would reduce CO2 emission further).

• Adding even a single coal unit raises emissions substantially above New England’s share

of the RGGI cap. However, the RGGI cap is indicative only; in our scenarios (and likely

in reality) RGGI will be superseded by federal climate legislation in later years.

• Increased DSM reduces CO2 emissions slightly.

• CO2 emissions could be higher than indicated here under the following conditions:

o If nuclear availability is the same as the average of 2001-06 (instead of being
similar to 2006, the best historic year) CO2 emissions could increase by 2 million
tons, assuming a 3.4 TWh reduction in generation replaced by gas with an 8000
heat rate and 120 lb/MMBtu CO2.
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48

43

38

o If hydro output is equal to the average output of 2001-06, CO2 emission could
increase by approximately 1 million tons, assume 1.8 TWh reduction in
generation replaced by gas.

o If imports are less than the 13 TWh assumed, CO2 emissions could increase
substantially.

at -~ -~ a, ~ a, ~ ~ a, ~

e E ~

S S S

*Emissions and RGGI cap shown here reflect the 6 member states of ISO-NE only. A surplus or deficiency does not indicate whole RGGI
region Status.

Figures 3.12-17 show gas usage in Connecticut and New England. Key observations are:

~ Gas usage will increase in virtually all cases, due to load growth.

• Gas usage increases markedly in low stress, because low gas prices cause low power

prices and higher load growth. In the extreme, there is likely to be feedback that limits

further load growth if gas supply becomes problematic (higher gas prices will limit

further load growth). However, this feedback may not prevent the problem from

occurring, but would likely occur only after gas supply problems materialize.

Figure 3.11: CO2 Emissions
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• A baseload resource solution (coal or nuclear) limits the growth in gas usage, though

does not eliminate it entirely, particularly in the Low Stress scenario. This is caused by

the large amount of gas fired capacity added after 2018 in all cases as a result of the

screening analysis.

• Gas share of generation is less important than the actual quantity of gas used (for all

purposes), in terms of gas deliverability and customer effects.

o The total quantity of gas used for all purposes is especially important during periods of

peak gas demand, e.g., winter.

Figure 3.12: Winter (January - February) Power Sector Gas Use in Connecticut

40

35

30

25

20

15

10

Key

High Fo~l/Growth 9 0 • •
St,i~t CIim~,te A A A A

Corr~,,tTr~nds iai ~
LowStr~,s 9 • • •

••+ •
~
90~~

— —I

9

• .

9”

A A

+

~E

AZ ~iju/ L~evei

z

z
0

00 ~
~. c)

0

z
0

0
U

z •e <

~ U

0

2013

0
U0

Fz

z
0
U

U ~
0 -~

U

0

z
0

z
0
U

36



Figure 3.13: Winter (January - February) Power Sector Gas Use in ISO-NE
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Figure 3.14: Connecticut Gas-fired Generation Share of Total Generation
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Figure 3.17: Total ISO Fuel Mix (Cumulative Generation in TWh)
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B. SUMMARY OF FINDINGs

The analytical results presented above suggest the following ten high-level findings, assuming

that planned capacity additions and DSM programs are realized as projected in each solution,

each of which is discussed in more detail below:

1. Regional resource adequacy needs are satisfied for the next several years

2. Connecticut’s local resource adequacy needs are satisfied for the foreseeable future

3. Market prices will continue to be high and volatile

4. Natural gas dependence will persist

5. External, uncontrollable factors are the primary drivers of customer costs

6. Renewable Portfolio Standards are unlikely to be fully met with renewable generation

7. Nuclear and DSM mitigate CO2 emissions more effectively than other resource solutions

8. Increased DSM could reduce customer Costs, CO2 emissions, and gas usage

9. Non-gas baseload generation would reduce dependence on natural gas

10. “Market Regime” vs. “Cost-of-Service” affects rate stability, and may have future

customer cost implications

- ..URene~bIe ONuclear QCo~ DGas
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1. Regional Resource Adequacy Needs are Satisfied for the Next Several Years

After taking into account planned generation additions, recent and planned transmission projects,

and demand-side measures that are planned or underway, and assuming no retirements, new

electricity resources will not be needed to attain reliability targets for several years in

Connecticut or elsewhere in New England. Under most plausible futures, New England as a

whole will need additional resources beyond the next five years. As part of the overall New

England market, Connecticut will share in this resource need, but additional resources need not

be located within Connecticut in this time frame.

2. Connecticut’s Local Resource Adequacy Needs are Satisfied for the Foreseeable Future

Planned generation capacity additions, transmission enhancements and demand-side measures

mean that Connecticut will satisfy its Local Sourcing Requirement (LSR) for many years,

perhaps decades, under the scenarios examined in this report. This is partially due to the

projected addition of DSM and generating capacity, including 279 MW of quick start capacity

needed to satisfy the Connecticut Local Forward Reserve Market (LFRM) requirements.

However, this analysis assumes no significant retirement of generating capacity in Connecticut,

although some of the older oil-fired units are projected to earn sub-normal returns andlor

experience difficulties covering their fixed O&M costs over the longer term; potentially resulting

in retirement or reapplication for “reliability-must-run” status. Also, no significant congestion

price differentials are forecast between Connecticut and the rest of New England. Transmission

enhancements already under construction and planned generation will resolve the significant

bottlenecks and limited local supply resources that have affected Southwest Connecticut in the

past.

3. Market Prices will Continue to Be High and Volatile

Despite an adequate supply of resources, Connecticut and New England electricity prices are

likely to remain at levels that will concern consumers and regulators, and prices will remain

volatile. This is due primarily to the fact that electricity prices in New England are closely

linked to natural gas prices, as our study confirms. Gas prices are volatile and uncertain, and

likely to remain fairly high.

40



4. Natural Gas Dependence Will Persist

Natural gas is the fuel for about 40% of New England’s power, but its impact on market prices is

disproportionately large. Because it will remain the dominant price-setting fuel for electricity, its

influence on prices will continue regardless of future events or resource decisions. Dependence

on natural gas for power generation poses two potential problems. First, consumers are exposed

to high and uncertain power costs because gas prices are high and volatile. Second, using large

amounts of natural gas for electricity generation increases both the likelihood and the potential

impact of gas supply disruptions, particularly in the winter months when overall gas usage is

highest. This study only notes differences of natural gas consumed, but does not analyze the

increased probability or cost of potential fuel disruptions on generating capability.10 But because

much of the existing generation base is gas-fired, and gas is the price-setting fuel for electricity,

to substantially change the region’s dep~ndence on gas would take a long time and exceptional

effort and expense. This analysis did not investigate the sufficiency of gas supply, however; gas

supply is a concern, and should be thoroughly investigated prior to developing a long term

strategy for the addition of resources in Connecticut.

5. Extemal, Uncontrollable Factors Are Primary Drivers of Customer Costs

External factors that cannot be controlled by utilities or regulators, such as gas prices, climate

policy and economic growth, can have a much larger impact on market outcomes and resource

costs than the factors that can be controlled. A large part of the reason for this is that factors

such as gas prices or climate policy can affect all resources, existing and new, while resource

strategies that involve physical investments in new resources only affect the portfolio at the

margin. Although the impact of marginal physical resources on the overall market outcomes or

resource costs are relatively small (because additions are small relative to the installed capacity

base),procurement strategies might alter the contractual relationship between load-serving

entities and generators, or direct investment in physical generating capacity by load-serving

entities, could impact customer cost.

~° PA 07-242 supports dual fuel capability with respect to certain generating units and at the discretion of the

DPUC.
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6. Renewable Portfolio Standards Are Unlikely to Be Fully Met with Renewable Generation

Appendix B describes recent experience under the Connecticut renewable portfolio standard

(RPS) requirements as well as under similar policies in New England. The discussion in

Appendix E concludes that the Connecticut RPS is unlikely to be met by renewable generation,

but instead load serving entities (LSEs) are increasingly likely to rely on alternative payments to

the state at a mandated price of $55 per megawatt-hour for any short fall. By the middle of next

decade, the statewide annual customer cost of complying with the requirement would exceed

$200 million. Connecticut has limited amounts of attractive renewable resource options; it has

little economic potential for wind and solar power, and even less for other renewables like wave,

tidal, geothermal, etc. Other parts of New England have more promising renewable resource

potential (e.g., wind in northern New England). However, even reliance on a regional rather than

state-level approach may not resolve the problem for Connecticut, since it is possible that New

England in aggregate will be unable to achieve its combined renewable targets. This issue

warrants additional study, particularly regarding the potential to access remote renewable

resources for Connecticut, which may require the development of additional transmission

capacity.

7. Nuclear and DSM Mitigate_cQ2 Emissions More Effectively than Other Resource Solutions

CO2 emissions will increase under a Conventional Gas resource solution (though the additional

DSM incorporated in all Resource Solutions helps to mitigate this somewhat.) Additional DSM

will further limit CO2 growth, but not cause a reduction. As expected, the addition of nuclear

generation would cut a significant amount of CO2 emissions, while additional coal capacity

would increase it. Opportunities for coal with carbon sequestration are limited by a lack of the

appropriate geology in Connecticut and New England.

8. Demand Side Management Could Reduce Customer Costs, CQ2 Emissions, and Gas Usage

If achievable as characterized in our analyses, DSM (both demand response and energy

efficiency programs) are effective in mitigating future peak and energy growth. The analyses

assume a substantial amount of “Reference Case” DSM in all Resource Solutions (e.g., much

more than assumed by the ISO in its load projections), and still more DSM in the DSM-Focus

solution. This additional DSM, if it is similarly effective, would also be valuable. (This analysis
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has not attempted to optimize the type or quantity of DSM programs, but simply evaluated two

different levels of specified DSM programs.)

The results show that DSM can reduce overall customer costs. Under some circumstances, DSM

can increase average unit costs (~/kWh). When consumption volumes are changing, a change in

unit costs may not accurately reflect customer impacts. How costs are recovered from particular

customers or classes can affect whether their rates and/or costs go up or down. This is a question

of cost allocation, a ratemaking issue not addressed here.

9. Non-Gas Baseload Generation Would Reduce Dependence on Natural Gas

Baseload generation (coal or nuclear), if procured in a way that mimics cost of service to

consumers, can help to limit exposure to natural gas price risks, though if gas prices go down

rather than up, this could commit customers to higher fixed costs. Under a purely market-based

regime (i.e., if baseload generation was merchant-owned and procured for customers at market

prices), customers would receive no protection from gas prices; their costs would be virtually the

same as if conventional gas generation had been added.

10. Market Regime vs. Cost-of-Service Affects Rate Stability and May Have Future Customer

Cost Implications

As constructed/assumed, the hypothetical “Cost-of-Service” regime has substantially lower costs

than the “Market” regime, across all scenarios and strategies studied; however, these results

indicate more analysis is warranted. The overall cost levels used in the analysis may not offer a

realistic comparison on a regional market basis, because it is probably not possible to put all

generating assets back under cost of service regulation at historic embedded costs. The actual

purchase costs for existing generation would not likely be at the levels assumed in the Cost of

Service results because the fixed costs for some of the existing assets assumed in the Cost of

Service analysis are below current market values. However, output from new construction

owned outright and output from new assets acquired via long-term contracts could potentially be

obtained at prices reflecting Cost of Service, but this was not evaluated in this study. The results

also show that the range of costs is much smaller under Cost of Service. The potential range of

total supply costs is generally lower than the range of market prices. This is primarily because
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under a market regime, the market price for ~Jj power is determined by the last unit of supply. In

very simple terms, if the cost of the last unit of supply increases by 10%, then under a market

regime customer costs increase by 10%. But the total cost of generating power from all sources

varies by much less than 10% (many of these costs are fixed and don’t vary with the last unit’s

costs). If customers were to be supplied under a regime more closely reflecting actual generating

costs, customer costs will increase by less than 10%. Even if only some assets are procured on a

cost basis, this will reduce customers’ exposure to uncertain and volatile prices. As discussed

below, it may be possible to procure power from some existing and/or new resources in ways

that mimic cost-based pricing and allow customers to enjoy some cost-stabilization.

It is crucial to note here that while it is possible to reduce the uncertainty and volatility of

customers’ costs, it may not be possible to substantially reduce the expected level of costs in the

near- or mid-term. However, long-term contracts for the output of new or existing assets can

reduce uncertainty which can lower costs. Such questions of procurement and risk management

are beyond the scope of this resource planning effort, but are likely to be important issues to

consider in addressing the concerns of Connecticut customers.
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SECTION IV: RECOMMENDATIONS

The key findings outlined above are based upon the analysis performed by The Brattle Group,

and lead to four primary recommendations representing a possible path forward to improve

electricity procurement in Connecticut. Steps taken in response to these recommendations could

help provide Connecticut customers with reliable, environmentally responsible electric service at

more stable prices and potentially lower customer costs. Our primary recommendations

regarding resource planning and procurement are:

1. Maximize the use of demand side management (DSM), within practical operational and

economic limits, to reduce peak load and energy consumption.

2. Explore other power procurement structures such as longer term power contracts on a

cost-of-service basis with merchant and utility owners of existing and new generation.

3. Evaluate the structure and costs of Connecticut’s renewable portfolio standard (RPS) in

the context of a regional re-examination of the goals and costs of similar policies in New

England.

4. Consider potential ways to mitigate the exposure of Connecticut consumers to the price

and availability of natural gas (though it will not be possible to eliminate gas dependence).

Recommendation 1: Maximize the use of demand side management (DSM), within

practical operational and economic limits, to reduce peak load and energy consumption.

The potential for increased DSM to reduce customer costs, gas usage, and environmental

emissions demonstrated in this analysis suggests that DSM should be pursued more aggressively.

State regulatory authorities should examine, and where possible, explore methods to implement

additional, cost-effective DSM. This would facilitate utility DSM programs to exceed current

levels and expand upon the success of existing DSM programs. While the need for capacity is

several years off in Connecticut, DSM programs are more cost-effective if they are pursued

consistently over time, so it is reasonable to begin the ramp-up to more aggressive DSM

programs in the near term.
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The DSM resource investments assumed in this report far exceed the (already aggressive) levels

pursued by the Companies to date. The pace and magnitude of this expansion warrants careful

monitoring of resource availability, costs, and operational effectiveness as the programs develop

over time.

Recommendation 2: Explore other power procurement structures such as longer term

power contracts on a cost-of-service basis with merchant and utility owners of existing and

new generation.

At the present time, the Companies are constrained to enter into contracts with third-party

suppliers with durations not to exceed three years to satisf~’ standard offer service obligations,

which ensures that customers are exposed to power supply prices driven by short-term market

prices. Our finding that customer costs would be more stable under a hypothetical cost-of-

service regime suggests that supply arrangements incorporating cost-of-service principles could

help to stabilize customer rates and potentially, under certain conditions, lower prices for the

customer. This could be achieved by providing the Companies greater flexibility in the

structures and duration of their power supply arrangements on behalf of customers.

Options may include long-term contracting, procuring energy, capacity and reserve products

individually from generators and/or the outright ownership of generating assets, including

baseload generation that is not dependent on natural gas. By reducing the extent to which

utilities are forced to procure power through short-term contracts driven by regional spot market

prices, such alternative procurement options can reduce customers’ exposure to uncertain and

potentially high gas prices, and may provide to customers some benefits of a diverse fuel mix.

Addressing these issues may involve the use of procurement strategies and risk management

tools (such as fuel hedging strategies to complement electricity procurement) that go beyond

what can be done in a resource planning context. In addition, strategies such as these should be

coupled explicitly with the assurance of recovery of supply costs associated with approved long

term power procurement contracts.
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Recommendation 3: Evaluate the structure and costs of Connecticut’s renewable portfolio

standard (RPS) in the context of a regional re-examination of the goals and costs of similar

policies in New England.

Connecticut’s renewable portfolio standard as currently structured, while supporting

Connecticut’s renewable goals, may impose additional costs on Connecticut customers without

necessarily promoting new renewable generation to displace conventional generation. This

observation suggests that additional study of RPS structure and costs is warranted at both the

state and regional level to determine the best ways to meet future RPS requirements. At the state

level, for example, the criteria for disbursing funds derived from alternative compliance

payments might be re-examined under the current circumstances. Further analysis could also

examine the potential to fashion regionally-coordinated policies to address possible renewable

shortfalls and/or regional projects in transmission and renewable capacity.

Recommendation 4: Consider potential ways to mitigate the exposure of Connecticut

consumers to the price and availability of natural gas.

Non-gas baseload generation (e.g., coal, and nuclear) offers a greater reduction in gas use

(particularly in wintertime, when deliverability concerns are highest) than other resource options

studied in this report. Although not assessed in this report significant renewable generation

could also mitigate gas dependence.

To the extent that market participants’ investment in non-gas-fired baseload generation is

deemed insufficient to address these risks, state regulatory authorities should consider allowing

contractual or ownership arrangements or other policy options to enable or encourage investment

in such baseload capacity. Such options should be considered in concert with efforts to reduce

dependence on natural gas use in all sectors (e.g. heating). Both the cost and CO2 emissions

implications of all non-gas options should be considered.
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SECTION V: STUDY LIMITATIONS AND FURTHER ANALYSIS

PA 07-242 requires that the Companies submit a resource procurement plan each year and

proscribes a process for the CEAB and DPUC to review, modify and approve. As the inaugural

effort in this annual process, the analysis in this report is comprehensive and complies with the

essential requirements of PA 07-242.

Notwithstanding the overall completeness of the report, any analysis — especially an initial

undertaking responding to a recurring requirement — will focus on the most important

foundational elements and therefore afford less attention to some topics. Some of these topics

are emerging as important, but are more usefully analyzed in detail when the overall direction of

procurement policy is established, or are beyond the scope of an initial resource planning

analysis. Some of these issues may become more important as procurement plans evolve or as

markets change, and could be considered for inclusion in subsequent analyses.

The resource planning analysis contained in this report has the following general limitations

(with citations to Section 51 items where appropriate) — all of which could be subject to future

analysis as procurement plans and policies evolve:

This study contains only limited analysis related to transmission. This study did not provide a

cost/benefit analysis of transmission options; did not compare the economics of transmission vs.

generation or vs. demand-side options; and does not constitute a transmission reliability

assessment. Such an assessment would address the mandatory reliability criteria and standards

established by various national and regional bodies, which are applied to the New England

transmission system as part of the annual New England Independent System Operator (ISO-NE)

Regional System Plan (RSP). In addition, distribution improvements are not addressed. (Section

51 (c)(3) recommends T&D analysis.)

This is not a siting analysis for new generation capacity. While generation capacity expansion

was modeled in order to estimate impacts on electricity markets, resource costs and customer

costs, the optimal location of such capacity was not addressed (Section 5 l(d)(3) implies
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consideration of location). These issues are reasonably addressed at a later stage in resource

planning, and require substantial data on candidate sites.

This is not a procurement risk management study. While the analysis does illuminate some of

the risks associated with pursuing different resource strategies under uncertain future market

conditions, it does not formally address physical or financial portfolio risk management or

hedging considerations. The recommendation to alleviate some of the procurement constraints

on contract duration and structure (e.g., prohibition on power supply contracts that exceed three

years) is based primarily on the potential benefits implied, but “optimal” contract lengths are not

explored, as these are beyond the scope of a resource planning analysis (Section 51 (c)(5)

specifies such an analysis).

This is not a regional renewable energy market study. The recommendation to analyze and

revisit the Connecticut renewable portfolio standard (RPS) policy in light of the evolving

renewable energy market in New England is based on the analysis contained in Appendix E.

That discussion cites recent market evidence and other analyses that indicate the potential for a

New England and Connecticut shortfall in renewable energy development relative to the RPS

targets. However, a thorough examination or modeling exercise of the region’s renewable

energy market is beyond the scope of a resource planning study; hence the recommendation that

additional analysis be pursued on this topic.

There also are many ways the existing analysis can be refined or extended if such enhancements

are deemed helpful. These include:

• Additional sensitivity/scenario analysis

• Expanding the suite of evaluation metrics to address additional issues and concerns

• Evaluation of blended resource solutions, e.g., DSM and nuclear

• Evaluation of resource solutions at different scales/levels

• Evaluation of hybrid market/cost-of-service procurement strategies

• Examining how periods of market disequilibrium (e.g., capacity market boom-bust

cycles) might affect the evaluation of resource solutions
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• Harmonizing electricity market price outlooks used in previous DSM evaluations with

those in this study to explore the impact on cost-effectiveness tests

Examining the interplay between market (price-induced) conservation and the

incremental impact of DSM programs

• Additional optimization of DSM program elements to enhance overall effectiveness and

to maximize desired impacts on energy and peak load

• Additional refinement of resource characterization and potential in light of rapidly

changing technology, cost and performance; for example, an examination of the potential

of combined heat and power (CHP) and distributed resources to contribute to power

supplies over the long run.

Finally, a study of this nature must necessarily utilize current information and data, while energy

markets and policies across the U.S. are changing rapidly. Likewise, this analysis will need to

evolve as new information becomes available. Critical updates over the next year might include

incorporating the following new data:

• Much better information about the capacity balance and costs in ISO-NE will be

available after the Forward Capacity Market auction occurs in February, 2008.

• Additional information regarding generation (conventional and renewable) development

and retirements or cancellations in ISO-NE.

• New transmission projects that may be proposed.

• New fuel price and emissions (SO2, NOx, Hg) price forecasts.

• Demand-side management activities in other New England states (e.g., Massachusetts

energy goals clarified).

• Information on CO2 allowance price levels from various states’ RGGI allowance auctions.

• Emerging clarity on the direction of national climate change policy.
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APPENDIX A: ELECTRICITY MARKET ANALYSIS

This Appendix discusses ISO-NE’s energy, capacity, and operating reserve markets generally,

outlines recent market performance and the future outlook for Connecticut, and describes this

study’s analytical approach to projecting prices in these markets.

I. IS0-NE MARKET OPERATIONS AN]) CONCERNS

a. ENERGY

The day-ahead and real-time markets that ISO-NE administers clear and settle at locational

marginal prices (LMP). LMPs reflect not only the old-fashioned, merit-order-based, energy

clearing price where supply and demand curves intersect, but also transmission congestion and

marginal losses. Nodes located electrically near the sending end of a constrained transmission

facility are priced lower than their neighbors, reflecting the fact that generation must be re

dispatched out of merit order in order to accommodate load in transmission-constrained areas.

Nodes located on or near the receiving terminus of a constrained facility experience higher prices

than nodes on the other side of the constraint. Import-constrained load zones,1 such as

Connecticut (and especially Southwest Connecticut over the past several years), tend to have

relatively high prices. Generation pockets, such as Maine, tend to have relatively low prices, as

illustrated in Figure A. I.

l Import constrained load zones are areas within New England that may not have enough local resources and

transmission import capability to reliably serve local demand.
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Figure A.1: Annual Average Difference in Day-Ahead Prices ($/MWh)

In turn, contracts for power, including wholesale supply contracts for standard offer service, are

presumably related to suppliers’ expectations for LMPs. Hence, residential rates from 2005

through 2007, and commercial rates and weighted average rates in 2007 have been higher in

Connecticut than in Maine or the rest of New England, as shown in Table A. 1.

Table A.1: Recent Electricity Rates in ISO-NE States

Residential Rates Commercial Rates Industrial Rates Weighted Average Rates
(~/k~Vh) (~Ik~Vh) (~/kWh) (~/kWh)

State 2005 2006 2007 2005 2006 2007 2005 2006 2007 2005 2006 2007
CT 13.6 16.9 18.8 11.5 14.0 15.4 9.4 11.7 12.8 12.1 14.8 16.3
MA 13.2 13.8 15.1 10.6 12,4 13.2 7.3 8.8 10.3 10.6 11.8 13.2
ME 13.4 16.6 16.5 12.4 15.5 15.3 9.2 13.0 13.5 12.2 15.4 15.4
NH 13.5 14.7 14.9 12.1 14.1 13.9 11.5 11.6 12.7 12.5 13.8 14.0
RI 13.0 15.1 13.9 11.7 13.5 12.7 10.0 12.5 12.3 12.0 14.0 13.1
VT 13.0 13.4 14.1 11.3 11.7 12.2 7.8 8.3 8.8 10.9 11.4 12.0

Source: ELA 826 database, Brattle analysis

LMPs theoretically incorporate into prices the effects of each generator’s output and each

customer’s load on system dispatch costs, thus providing price signals for economically efficient

generation dispatch and consumption decisions at every location and every moment. LMPs can

also help to induce optimal location of investment in new supply and demand-side resources.

However, these theoretical efficiencies have not been fully achieved for a number of reasons,

including the inability of the existing transmission system to accommodate new generation

I
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(without significant upgrades) in certain locations such as Southwest Connecticut, the lack

heretofore of locationally-differentiated capacity prices (discussed below).2 This led to a

situation in which Southwest Connecticut had insufficient supply for reliable operation going

forward, even as prices remained the highest in New England.

b. INSTALLED CAPACITY MARKET

ISO-NE imposes a resource adequacy requirement on all load-serving entities (LSEs) in order to

limit expected loss of load due to inadequate supply to no more than one day in ten years. ISO~

NE also administers a capacity market to facilitate a liquid, transparent mechanism for market

participants to buy and sell capacity to meet their resource adequacy requirement.

The capacity market has historically not distinguished between resources located in load pockets

from those located in generation pockets. Nor were resource adequacy requirements enforced

more than a year forward, thus limiting new resources’ ability to secure an initial revenue stream

before commencing construction. The perceived failures of the initial capacity market, including

the concern that it would not induce sufficient resources to locate in load pockets such as

Southwest Connecticut due to the lack of location-specific prices, spurred ISO-NE to commence

a stakeholder process to modify the capacity market.

ISO-NE proposed the establishment of a forward market for locationally-differentiated capacity,

such as New York and PJM now have. This proposal proved to be highly controversial and was

litigated at FERC. Ultimately, a settlement was reached in which ISO-NE agreed to establish a

forward capacity market (FCM) with a three-year lead time for one-year capability periods, but

with no explicit locational provisions. Locational price premiums or discounts could arise if

ISO-NE finds, based on a study conducted annually, that there are binding internal transmission

constraints that prevent generation in one part of the region from reliably serving load in another

part of the region. The first FCM auction will occur in February, 2008 for the 2010/11 capability

year.

2 In addition, most customers pay fixed rates and are not exposed to time-varying spot prices, allowing them to

over-consume during peak periods.
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c. OPERATING RESERVES MARKETS

In order to maintain reliability in the event of contingencies and unexpectedly high load, ISO-NE

maintains operating reserves, i.e., capacity that is unloaded and ready to produce power quickly

if needed. The region as a whole must carry sufficient operating reserves to cover the single

largest contingency and half of the second largest contingency. In addition, the load pockets of

Connecticut, and NEMA/Boston, must maintain 30-minute operating reserves locally, which are

typically provided by fast-start resources such as combustion turbines.3

ISO-NE administers forward and real-time markets in order to facilitate the efficient supply of

operating reserves, with the full requirement to be purchased forward semiannually in the non-

spinning reserve categories and with spinning reserves and increments/decrements for non-

spinning reserves transacting in real time. The forward reserve market (FRM) price, including

the locational forward reserve market (LFRM) for Connecticut, is capped at $ 141kW-month

minus the capacity price.4 Because there has been a shortage of reserves in Connecticut, the

price has been set by the cap in recent auctions. The shortage has also required the use of more

expensive spinning reserves (paid for through “uplift” payments) and/or underutilization of the

transmission import capacity. These costs are now being addressed in the Department of Public

Utility Control’s Docket No. 07-08-24, DPUC Investigation of the Process and Criteria for use

in Implementing Section 50 ofPublic Act 07-242 — Peaking Generation, as discussed below.

d. RELIABILITY-MUST-RUN GENERATION

Much of the generation capacity in Connecticut is composed of old, oil and gas-fired, steam

turbines that are expensive to operate. These units have been kept online and operating through

reliability-must-run (RMR) contracts with ISO-NE that provide for out-of-market payments.

With the introduction of the forward capacity market, these RMR contracts are planned to be

eliminated. A concern in Connecticut is that without the RMR contracts, some of the older

generating units might retire and leave a critical supply gap in Connecticut.

~ The sub-load pocket of Southwest Connecticut has also had its own local requirement, but this requirement is

expected to decrease or disappear following the expected completion of the Southwest Connecticut
Reliability Project Phase II in 2009, as discussed in ISO-NE’s 2007 Regional System Plan at p. 43-45.

“2006 Annual Markets Report, ISO New England, June 11, 2007, p. 72.
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II. FUTURE OUTLOOK FOR CONNECTICUT

Shortages of capacity and operating reserves in Connecticut, particularly Southwest Connecticut,

have been at least partially addressed by new transmission as well as new supply and demand-

side resources. As documented more completely in Appendix G, the new resources include:

• New transmission, including the Southwest Connecticut Phase I project (345 kV
line from Bethel to Norwalk, completed in 2006), the Southwest Connecticut
Phase II project (345 kV lines from Middletown to Norwalk, under construction
and to be completed in 2009), smaller reliability projects, and potentially the New
England East-West-South (NEEWS) project.

• Recent and planned new DSM is described in the DSM section, and amounts to
an approximate 700 MW peak reduction by 2011 and more than 1,000 peak
reduction by 2018.~ EE programs also reduce future energy requirements by
1,168 GWh by 2011 and 2,821 GWh by 2018.

• Existing, recent, and planned new generation supply includes approximately
7000 MW existing and recently installed capacity, plus 1,107 MW of additional
planned generation by 2011. Table A.2 shows the additional planned generation
by unit.

• In addition, planned projects do not completely fill Connecticut’s shortage of
operating reserves, so it was assumed that an additional 279 MW of new fast-
start capacity will be built, as explained below.

Table A.2: Planned Generating Unit Additions and Expansions in ISO-NE by 2011

Summer Winter
Unit Name Unit Type Zone Capacity Capacity Fuel Name

(MW) (MW)

UNIT ADDITIONS
Waterbury CT SW CT 80 96 Natural Gas
Kleen Energy CC Rest of CT 560 620 Natural Gas
Wallingford/Picrce CT SW CT 100 100 Natural Gas
DG Capital Grant Projects* CT SW CT and Rest of CT 96 96 Natural Gas
Renewable Energy Contracts Steam SW CT and Rest of CT 150 150 Biomass

UNIT EXPANSIONS
Cos Cob Expansion GT Norwalk-Stamford 40 40 F02
Millstone Point 3 Nuclear Rest of CT 81 81 Uranium

Total (all is in Connecticut) 1,107 1,183

*DG Capital Grant projects reduced from 130 MW to 96 MW because 34 MW are counted as demand reductions

Measured at the customer meter.
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The potential retirement of existing generating units by plant owners can not be predicted with

certainty, but it was assumed that no existing capacity would retire,6 based on a preliminary

economic screening analysis. The analysis consisted of comparing units’ energy and capacity

revenues to their going-forward avoidable fixed O&M costs. Our data source for the fixed O&M

costs was the RMR filings by the old steam turbines in Connecticut, as summarized in Table A.3,

below. (This screening analysis considered only the RMR units because their RMR status

suggests potentially inadequate earnings to maintain operations and because the RMR contract

contains detailed data that facilitates a screening analysis. Units outside of Connecticut were not

considered.) Energy and capacity revenues were estimated based on the model results, since

RMR contract payments are expected to be discontinued upon the inception of the forward

capacity market.

Table A.3: Fixed O&M Costs of RMR Units in Connecticut

Summer
StationlUnit Capacity Fixed O&M FOM

(MW) ($) ($/kW-Mo)

NRG -- Middletown 2-4, and 10 770 41,071,316 4.44
NRG -- Montville 5, 6, 10, and 11 494 25,608,334 4.32
Milford I and2 492 21,315,292 3.61
PSEG -- New Haven Harbor 448 16,996,000 3.16
PSEG -- Bridgeport Harbor 2 130 6,009,000 3.84
NRG -- Norwalk Harbor 1 and 2 330 29,497,659 7.45

Source: Company RMR Filings to ISO-NE

A unit’s entire FOM cost should not be considered avoidable through retirement because there

are costs of retiring a plant and maintaining or remediating a site, if applicable. Furthermore,

one or two years with low revenues would probably not induce retirement, given the cost of

giving up an option to capture significant value in a good year. Hence, we did not consider

retiring units unless revenues fell several dollars per kW-month short of covering their fixed

O&M costs. With capacity prices in the $3-4/kw-month range in all scenarios for 2013 through

2018 (see Table A.7), all units passed the preliminary screen except for Norwalk Harbor 1 & 2.

6 However, units that have already retired are treated as such in this study, including New Boston 1 (350 MW),

which retired in 2007.
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However, we understand that those units or other new resource may be necessary for reliability

in the Norwalk area in order to protect against contingencies when one of the new 345 kV

transmission lines into Norwalk is out of service. Therefore, we assumed that Norwalk Harbor 1

& 2 would stay online in spite of our screening analysis.

Load growth will partially offset the planned resource additions. ISO-NE forecasts an average

annual load growth rate of approximately 1.7% for summer peak load and 1.2% for energy over

the next 10 years, before considering new DSM.7 (Load growth could be higher or lower,

depending on economic growth, energy prices, and efficiency, as discussed in the Appendix B).

All planned and expected changes to the supply and demand have been included in the resource

balances shown in Tables 2.2 and 2.3 in the main report. As Tables 2.2 and 2.3 indicate, there is

no significant resource gap expected in New England until 2013-2016, depending on the

trajectory of load, and there is no shortage relative to Connecticut’s local sourcing requirement

until 2030.

Other fundamental changes likely to affect electricity markets over the next ten years include

changes in fuel prices and emission allowance prices. Significantly, carbon allowances will be

introduced under RGGI and potential federal climate legislation, as discussed in Appendix F.

III. MODELING APPROACH AND FINDINGS: FUTURE PRICES OF ENERGY, CAPACITY,
AND OPERATING RESERVE

This study investigates the resource solutions and procurement strategies that would achieve the

best combination of reliability, customer costs, and other policy objectives, including

environmental, energy security across a range of potential future scenarios. Resource solutions

are evaluated using the DAYZER model to simulate energy market prices, fuel use and

emissions, with other complementary analyses to estimate FCM and LFRM prices.

~ 2007-2016 Forecast Report of Capacity, Energy, Loads, and Transmission, ISO New England, April, 2007,

p.7.
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The starting point for the analysis is an accurate representation of the existing system, which is

incorporated in the DAYZER model, plus the planned and expected changes to transmission and

generation capacity and DSM, as described above. The key assumptions and data inputs are

documented in Appendix G. In addition, the data inputs regarding uncertain exogenous factors,

such as load growth and fuel and emission allowance prices, are varied across scenarios, as

described in Appendix B.

Finally, in future years in which there is insufficient supply to meet ISO-NE’s resource adequacy

criteria, it is assumed that additional unplanned resources will be added to fill the gap. The

specific “resource solutions” that are evaluated in this study help to fill such gaps, and an

economic mix of new gas-fired combustion turbines (CTs) and combined-cycles (CCs) are

assumed to be built to fill any remaining gaps.

a. ENERGY MMUCET

Given the data inputs representing the elements of supply, demand, and transmission, DAYZER

simulates a chronological, bid-based, security-constrained, unit-commitment and dispatch. The

model seeks to minimize the total cost to serve load, much like ISO-NE operates the system and

administers the market.

It is important to note, however, that the DAYZER forecasts used in this study do not include

several elements that create volatility in actual markets. First, there are no transmission outages,

which are typically responsible for substantial transmission congestion in actual markets.

Second, all generating units are assumed to offer energy at their incremental costs of production:

incremental heat rate x fuel price + variable O&M costs + emissions allowance costs. There are

no bid adders representing other opportunity costs (such as limited run hours for environmental

reasons, or limited fuel supply) or the pursuit of higher margins when market conditions allow.

While bidding above marginal cost has been observed in regional organized markets during

selected time periods, an estimate of the impact of such behavior is beyond the scope of this

study, and is not likely to vary between resource solutions examined. In addition, if there are no

barriers to entry, an increase in energy prices would be largely offset by a decrease in capacity

prices through a relationship discussed in the next subsection.
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The key steps DAYZER performs are:

1. Schedule planned maintenance so as to make the available capacity minus the
load as level as possible across the year, i.e., mostly in the Spring and Fall;
schedule forced outages randomly such that each unit’s target forced outage
rate is met.

2. Commit sufficient thermal capacity each day to meet the load plus spinning
reserve requirement not already met by hydro generation. Commitment
decisions, i.e., when to turn on and off each unit each day, if at all, require a
multi-period cost-minimization with many degrees of freedom and can not be
optimized perfectly in a reasonable amount of time, hence DAYZER uses
heuristics to find a near-optimum. The heuristics account for transmission
constraints and the operating characteristics of the units, including their
minimum-up-time (MUT) and startup costs as well as their variable costs.
DAYZER properly opts not to commit steam units with high-MUT and high
startup costs to serve peaking duty when a low-MUT, low startup cost
combustion turbine can do it at a lower overall cost (albeit with a higher
variable cost setting a higher market price for energy). This, and the fact that
generation in constrained-off locations such as Maine is also not committed,
often leads to higher and more realistic prices than a simpler production cost
model might suggest. (Off-peak prices are also lower due to the fact that
MUTs are respected, causing some units whose bids exceed their LMPs to
generate at minimum load).

3. Finally, given the generating units that have been committed for each day and
each hour, DAYZER dispatches the system to meet the load and provide the
required amount of spinning reserves at least cost.

The key outputs of the model are the hourly generation, cost, and emissions at every generating

unit, the flows on every monitored transmission facility, and the LMP at every node. As in ISO

NE’s actual energy market, DAYZER’s hourly LMPs correspond to the marginal cost of serving

load at each node, given by the marginal cost of re-dispatching all of the marginal units in order

to serve an increment of load at that node without overloading any transmission constraints.8

LMPs also incorporate a marginal loss component given by the price at the reference bus

multiplied by nodal loss factors that DAYZER draws from a database of loss factors under

similar load conditions.

Resulting annual average energy prices are shown in Table A.4, below. Table A.4 shows the

annual average price in each zone, given by the hourly LMP at a representative node for each

~ When there are N binding transmission constraints, there are N+I m~rgina1 generating units.
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zone summed across hours and divided by 8,760 hours. As the table shows, prices vary much

less by solution than by scenario, the differences being driven primarily by gas prices. In

addition, prices do not vary by more than a few dollars among Connecticut zones, nor are they

significantly higher than prices in nearby West-Central MA. This differs from the recent pricing

patterns in which prices were much higher in Norwalk-Stamford than elsewhere (see Table A.5

below), presumably because of the Southwest Connecticut Reliability Projects, which bring two

major 345 kV lines into Norwalk and relieve congestion into Norwalk-Stamford.

Table A.4: Average LMP ($/MWh in 2008$) for All Scenarios and Solutions

2011 2013 2018 2030
Root of Root of Root of Root of

Scenario Solution Nonootit SWCf CT WCMA Nonvotk SWCT Cr WCMA Norwotk SWCT Cf WCMA Noownik SWCT CI’ WCMA

CurrentTrends Conventional 73,0 72.0 73.0 71.6 68.7 67.8 68.7 67.4 74.2 73.2 74.3 72.8 82.9 80.5 81.7 80.2
CurrentTrends DSM-Focos 73.0 71.9 72.9 71.5 68.4 67.3 68.3 67.0 74.2 72.9 73.9 72.5 82.3 80.5 81.6 80.0
Corrent Trends Nuclear - - - - - - - - 73.4 72.2 73.2 71.8 80.2 77.5 78.6 78.9
Current Trends Coal - - - - - - - - 73.4 72.2 73.2 71.8 80.2 77.5 78.6 78.9
Strict Climate Conventional 77.0 76.3 77.4 75.9 83.4 82.0 83.2 81.6 87.0 85.5 86.8 85.1 102.3 100.1 101.5 99.7
StrictClimate DSM-Focus 76.9 76.2 77.2 75.8 82.9 81.4 82.6 81,0 87.9 86.3 87.6 85.9 102.1 100.3 101.7 99.9
Strict Climate Nuclear - - - - - - - 86.6 85.1 86.3 84.7 99.9 96.6 91.1 97.7
StrictClimate Coal - - - - - - - - 86.6 85.1 86.3 84,7 99.9 96.6 98.1 97.7
High Fuel/Growth Conventional 103.7 06.9 108.4 106.4 97.1 99.3 100.7 98.7 105.2 105.7 107.3 105.3 114.0 113.4 115.1 113.0
High Fuel/Growth DSM-Focus 103.6 06.5 108.0 106.0 97.4 99.2 100.6 98.7 106.7 107.1 108.6 106.5 116.5 116.2 117.8 115.7
High Fuel/Growth Nuclear - - - - - - - - 103.1 103.2 104.7 104.0 112.1 109.9 111.6 113.1
High Fuel/Growth Coal - - - - - - - - 103.1 103.2 104.7 104.0 112.1 109.9 111.6 113.1
LowStrens Conventional 50.8 50.6 51.4 50.4 48.3 48.0 48.7 47.7 52.9 52.2 53.0 52.0 59.2 57.6 58.5 57.2
LowStress DSM-Focus 50.9 50.9 51.6 50.6 48.6 48.1 48.8 47.8 53.3 52.4 53.2 52.2 58.2 57.1 58.0 56.6
LowStress Nuclear - - - - - - - - 52.2 51.4 52.1 51.6 56.5 54.6 55.4 55.4
LowStress Coal - - - - - - - - 52.2 51.4 52.1 51.6 56.5 54.6 55.4 55.4

Table A.5: Actual LMP ($IMWh in 2008$) Data at Representative Units

Year Norwalk SW CT Rest of CT WC MA
2005 108 85 85 83
2006 87 66 67 63
2007* 76 72 73 70
Average 90 74 75 72

Sources and Notes:
*Actual LMP data for 2007 include data through 12/21/2007.
Annual average GDP deflator data are from the Federal Reserve Bank of St.
Louis.

Table A.6 below compares zonal average prices from our 2011 “Current Trends” scenario I

Conventional resource solution to actual prices from the past three years. DAYZER prices are

lower than actual 2005 prices, probably because of the very high gas prices in 2005 following

Hurricane Katrina. DAYZER prices are 10-20% higher than actual prices in 2006-07, but

average market heat rates (based on the hourly electricity prices divided by gas prices) are

A-lU



similar. DAYZER market heat rates outside Connecticut are a few percent higher than actual

2006-07 heat rates, which makes sense directionally because of load growth (not quite offset by

new capacity or DSM), higher oil prices, and the introduction of a small CO2 allowance price in

2011.

Table A.6: LMP and Market Heat Rate Comparison between DAYZER and Actual Data

Average Fuel Price LMP Market Heat Rate (MHR) % Difference MHR
($/MMBLu in 2008$) (S/MWh in 2008$> (BtulkWh) DAYZER vs. Actual

ZoneName DAYZER 2005 2006 2007* 1)AYZER 2005 2006 2007* DAYZEIt 2005 2006 2007* 2005 2006 2007*
CT Zone 8.5 10.7 7.9 8.5 73.6 89.7 70.3 71.6 8,741 8,494 8,981 8,837 3% -3% .1%
Maine Zone 8.2 10.5 7.8 8.4 68.7 76.4 59.7 63.5 8,168 7,319 7,739 7,955 12% 6% 3%
NE MA Boston Zone 8.5 10.6 7.9 8.5 71.3 86.1 63.3 66.0 8,482 8,223 8,120 8,175 3% 4% 4%
New Hampshire Zone 8.2 10.6 7.8 8.4 71.1 81.2 61.9 66.3 8,745 7,775 7,997 8,282 12% 9% 6%
Rhode Island Zone 8.4 10.6 7.8 8.4 71.2 82.2 61.8 65.5 8,514 7,854 7,943 8,151 8% 7% 5%
South Eastern MA Zone 8.5 10.6 7.9 8.5 71.2 82.1 62.2 67.4 8,469 7,810 7,945 8,359 8% 7% 2%
Vermont Zone 8.2 10.6 7.8 8.4 73.3 85.0 64.0 69.1 8,968 8,091 8,207 8,580 11% 9% 5%
West Central MA Zone 8.5 10.6 7.9 8.5 72.7 84.9 64.0 68.2 8,646 8,073 8,178 8,426 7% 6% 3%

Sources and Notes:

Actual 2007 LMP data only include data up until 10/30/2007, and are compared to DAYZER results from January 1 througls October 30.
Actual LMP data are downloaded from Global Energy Decisions, Inc., The Velocity Suite, November 2007 data release.
Annual average GDP deflator data are from the Federal Reserve Bank of St. Louis.
Actual natural gas price data are the Algonquin Citygate prices downloaded from Gas Daily added to the local distribution charges from DAYZER.
DAYZER nat&ral gas price data are the Henry Hub prices plus basis differentials and local distribution charges.
The market heat rate is calculated as the annual average of the hourly LMP/Gas Price x 1000.

b. CAPACITY (FCM)

In the long-run, a competitive market with minimal barriers to entry should price capacity at the

net cost of new entry (Net CONE). Net CONE is given by the capital carrying charge and fixed

operating and maintenance costs of the new plant that are not expected to be covered by

operating margins from the sale of energy and ancillary services. Typically, it is assumed that

the relevant capacity price-setting technology is a combustion turbine because it is nearly a pure

capacity machine, i.e., it does not earn very large energy margins. For existing resources, ISO-

NE has established a price floor for the first FCM auction based on 0.6 x Net CONE and a price

ceiling of 1.4 x Net CONE, where Net CONE is assumed to be $7.5/kW-Month for a new

combustion turbine. The same floor also applies to new resources that do not leave the auction.

In this study, it is assumed that the capacity market will clear at the floor in 2010/11, when a

substantial surplus is expected. It is assumed that the capacity price will then trend toward Net

CONE when the market reaches supply/demand equilibrium in 2013-16, depending on the

scenario. However, this study deviates strongly from ISO-NE’s Net CONE because it rejects
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ISO-NE’s assumption that a combustion turbine is the relevant technology with the lowest Net

CONE. This study finds that, based on the same cost assumptions that ISO-NE used (but slightly

inflated to reflect recent increases in the cost of new plant), a combustion turbine would have a

Net CONE of approximately $6.l-9.1/kW-Month ($4.9-6.8 capital carrying cost + $2.2-2.4

FOM —$O.2-1.7 energy margin), depending on the scenario and year. However, for the

foreseeable future, a combined cycle would have a much lower Net CONE of $2.2-8.1/kW-mo,

depending on the scenario (mostly below $4.5/kW-Month). Net CONE = $5.9-8.7 capital

carrying cost + $2.5-2.7 FOM — $2.9-8.O energy margin (mostly $6.O-8.O) depending on the

scenario. This technology has a higher installed cost than a combustion turbine but substantially

higher energy margins due to its lower heat rate. With its lower Net CONE, it would set a

capacity price significantly below a combustion turbine’s Net CONE. (In the alternative, if the

capacity price were set by a combustion turbine’s Net CONE, a combined cycle could enter and

earn more than its cost of capital. More combined cycles would enter until capacity and energy

prices dropped to a level at which the last unit just earned its cost of capital).

Table A.7 below shows the elements of these calculations. Note that the costs and revenues vary

by location, and Table A.7 shows only the most economic location in each case. Where no unit

exists, a 1 MW test unit was used as an indicator. Test units in the Norwalk-Stamford area were

excluded because prices and energy margins appear slightly inflated there by a binding

transmission constraint (post-contingency flows on Ely-Glenbrook 115 kV) that would probably

be economic to resolve through transmission enhancements.
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Table A.7: Summary of Connecticut Capacity Price by Scenario, Resource Solution, Study Year, and Unit Type

I 2011 2013 I I 2018 I I 2030
Capitut at FOM at Energy at Capital at FOM at Energy at Capital at FOM at Energy at Capital at FOM at Energy at

Best Best Best Best Capacity Price Best Best Best Best Capacity Best Best Best Best Capacity Best Best Best Best Capacity
Location Location Lscation Locstten Pnce Floor Location Location Location Location Price Location Location Location Location Price Location Location Location Location Price

(t( [2] (3] (4] (5] [t] (2) (3] (4] ]t] [2] (3] [4] ]t[ (2] (3] [4]

MARKET-CLEARING CAPACITY PRICE (BASED ON NET CONE FOR A COMBINED CYCLE; SIKW-MONTII)
Current Trends Scenario

Conventional 7.7 2.5 6.2 Rest ofCT 3.9 4.5 7.3 2.5 6.1 WC MA 3.7 7.3 2.5 6.7 WC MA 3.t 7.3 2.5 5.5 WC MA 43
I3SM-Focus 7.7 2.5 6.1 Rest ofCT 4.1 4.5 7.9 2.5 6.3 SW CT 4,1 7.3 2.5 6.5 WC MA 3.3 7.7 2.5 5,8 Rest ofCT 4,4
Nuclear - - - - - 4,5 - - - - - 7.3 2,5 6.2 V/C MA 3.6 7.3 2.5 4,8 WC MA 5.0
Coal - - - - - 4.5 - - - - - 7.3 2.5 6.2 V/C MA 3.6 7.3 2.5 4,8 V/C MA 5.0

Strict Climate Scenario
Conventional 7.7 2.5 5.8 Rest ofCT 4.4 4.5 7,9 2.5 11.0 SW CT 2.4 7.3 2.5 7.0 WC MA 2.8 7.7 2.5 7.2 Rest ofCT 3.0
OEM-Focus 7,7 2,5 5,7 Rest ofCT 4,5 4,5 7,9 2.5 7.4 SW CT 2,9 7.3 2.5 7.6 WC MA 2.2 7.7 2.5 7.3 Rest ofCT 2.9
Nuclear - - - - - 4.5 - - - - - 7.9 2.5 7.4 SW CT 2.9 7.3 2.5 5.6 WC MA 4.2
Coal - - - - - 4.5 - - - - - 7.9 2.5 7.4 SW CT 2.9 7.3 2.5 5.6 WC MA 4.2

High Fuel/Grouth Scent
Conventional 8.7 2.7 7.1 SW CT 4.3 4.5 8.5 2,7 6.8 RestofCT 4.4 8.7 2.7 0.5 SW CT 4.9 8.5 2.7 3.1 Rest ofCT 8.1
I3SM-Focus 0.5 2.7 6.6 RrslofCT 4.6 4,5 8.5 2.7 6.8 ReslofCT 4.4 8,7 2.7 7.3 SWCT 4.1 0.5 2.7 4.2 Rest ofCT 7.0
Nuclear - - - - - 45 - - - - - 8.0 2.7 5.4 WC MA 5,3 8.0 2.7 2.9 WC MA 7.8
Coal - - - - - 4,5 - - - - - 0,0 2.7 5.4 WC MA 5.3 8,0 2.7 2,9 V/C MA 7.8

Low Stress Scenario
Conventional 5.9 2.5 5.1 V/C MA 3.2 4.5 5.9 2,5 5.0 ~VC MA 3.3 5,9 2,5 5.3 V/C MA 3.1 6.2 2,5 4.4 Rest ofCT 4.2
DSM-Focos 5,9 2,5 5.2 ~VC MA 3.1 4.5 5.9 2,5 5.1 ~VC MA 3.2 5.9 2.5 5.4 V/C MA 2.9 6.2 2.5 4.1 Rest ofCT 4.6
Noclear - - - - - 4.5 - - - - - 5.9 2.5 5.1 V/C MA 3.2 5.9 2,5 3,0 WC MA 5.3
Coal - - - - - 4.5 - - - - - 5.9 2,5 5.1 V/C MA 3,2 5.9 2.5 3,0 ~VC MA 5,3

NET CONE FOR A COMBUSTION TURBINE (SIKW-MONTH)
Current Trends Scenario

Conventional 6,2 2,2 t.0 ~VC MA 7.4 6.2 2.2 1.5 V/C MA 6.9 6,2 2.2 1.7 V/C MA 6.7 6.2 2.2 0,9 V/C MA 7.5
OSM-Focus 6.2 2.2 0.9 ~VC MA 7.5 6.2 2.2 1.3 V/C MA 7.1 6.2 2.2 1.5 V/C MA 6,9 6.2 2.2 1.0 V/C MA 7.4
Noclear - - - - - - - - - - 6,2 2.2 1.3 V/C MA 7.1 6,2 2.2 0,9 WC MA 7,5
Coal - - - - - - - - - - 6,2 2.2 1.3 V/C MA 7.1 6.2 2.2 0,9 WC MA 7.5

Strict Climate Scenario
Conventional 6.2 2,2 0.7 V/C MA 7.7 6.2 2.2 1,4 V/C MA 7.1) 6,2 2.2 1,4 V/C MA 7.0 6.2 2,2 1,3 V/C MA 7,1
DSM-Focss 6,2 2,2 0.7 V/C MA 7.7 6,2 2.2 1.2 V/C MA 7,2 6.2 2,2 1.6 V/C MA 6,9 6,2 2,2 1.3 V/C MA 7.t
Nuclear - - - - - - - - - - 6.2 2.2 1.3 V/C MA 7,1 6.2 2,2 l.0 V/C MA 7.4
Coal - - - - - - - - - - 6,2 2.2 1.3 V/C MA 7.1 6.2 2.2 1.0 V/C MA 7.4

High Foel/Grorssh Scent
Conventional 6.8 2,4 0.3 ~VC MA 8,9 6,8 2.4 0.8 V/C MA 8.4 6.8 2.4 0.5 V/C MA 11.7 6.8 2.4 0.2 V/C MA 9.1
L5SM-Pocos 6.8 2.4 0.3 ~VC MA 8,9 6.8 2.4 0.7 ~VC MA 8,6 6.8 2.4 0.6 V/C MA 8.7 6,8 2,4 0,2 V/C MA 9,0
Nuclear - - - - - - - - - - 6.8 2.4 0.5 V/C MA 8,8 6.8 2.4 0.2 V/C MA 9.1
Coal - - - - - - - - - - 6.8 2.4 0.5 V/C MA 8.0 6,8 2.4 0,2 V/C MA 9.1

Low Stress Scenario
Conventional 4,9 2.2 8.8 ~VC MA 6.4 4.9 2.2 1.0 V/C MA 6.1 4.9 2.2 0.8 V/C MA 6.4 4.9 2.2 0.5 V/C MA 6,7
DSM-Focus 4,9 2.2 0.9 V/C MA 6.3 4.9 2.2 l.0 ~VC MA 6.2 4.9 2.2 0,0 V/C MA 6,4 4.9 2.2 0.3 V/C MA 6,9
Nuclear - - - - - - - - - - 4,9 2.2 0,7 V/C MA 6,5 4.9 2.2 0.3 V/C MA 6.8
Coal - - - - - - - - - - 4.9 2.2 0.7 V/C MA 6.5 4.9 2.2 0.3 V/C MA 6,8

Su,wreu and Norm:
[I]: Future capital cost based on PERC testimony by Jobni. Reed; Prepared l3ireclTestinrony of John 3. Reed on Behalf oflSONewEngland Inc; Docket No. ERO3-563-030, August 31, 2004; Pages 55-57.

Adjusted for scenasio-speciflc capital cost adders.
(2]: P0111 valstes are based on EIA-906 data cumpiled by Global Enrrgy Decisions, Inc., The Velocity Suite; ISO-Nesv England RMR agreements; and PERC testimony by John 3. Reed on behalfof ISO-Ness’ England.

Adjusted for scenario-speciflc capital cost adders.
[3]: Includes unit average energy ntargio. plus spin aud uplift payments. Adjusted for scenario-specific capital cost adders.
[4]: ~]I] + (2] —[3].
[5]: The current pnce floor of S4.5/kV/-Montb is assumed tube in effect in 2611. ‘fire floor is mistimed to diminish in Islet years, based on 60% of Net CONE.
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A natural reaction to this contrarian finding of relatively low capacity prices is to question the

energy price forecasts that drive the combined cycles’ energy margins so high and their Net

CONE so low. The prices can be explained based on the fundamentals of supply and demand,

adjusted for unit outages and the non-commitment of units with long MUTs and high startup

costs. In addition, as Table A.6 shows, modeled market heat rates are not very different from

recent historical prices, although a small percentage increase in market heat rates can increase

energy margins by a much larger percentage (based on the difference between market heat rate

and a combined cycle’s heat rate of 7,000).

c. FORWARD RESERVES MARKET

Absent new investment, the present shortage of fast-start capability capacity in Connecticut is

likely to continue. 731 MW of existing9 plus 220 MW of planned (100 MW Wallingford/Pierce,

80 MW Waterbury, 40 MW Cos Cob) would be insufficient to meet the requirement. We have

assumed that the requirement would be set based on the capacity of Millstone 3, approximately

1,236 MW. (This is close to the 1,100-1,200 requirement projected by ISO-NE jn its 2007

Regional System Plan). We have assumed that 279 MW of new combustion turbines would be

built in Connecticut in order to fully meet the requirement. This assumption is consistent with

the recent recommendation of the DPUC to contract for 282 MW of fast-start capacity, as

discussed in Docket No. 07-08-24, DPUC Investigation of the Process and Criteria for use in

Implementing Section 50 ofPublic Act 0 7-242 — Peaking Generation (at p. 16).

If Connecticut’s LFRM requirement is met but not exceeded, the LFRM price can be expected to

remain at the price cap given by $ 14/kW-mo minus the capacity price. This amount, multiplied

by a cost allocation factor is applied to Connecticut customers in evaluating rates under each

scenario/solution combination. The cost allocation factor is assumed to be 45% to account for

both Connecticut customers’ share of the Connecticut LFRM costs (some of which are socialized

across New England) and Connecticut’s share of FRM costs from the rest of New England.

~ 2007 Regional System Plan, ISO New England, October 18, 2007, p. 44.
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APPENDIX B: SCENARIO DEVELOPMENT

Long-range planning analyses must typically address substantial uncertainty regarding external

factors. In order to understand the strengths and weaknesses of potential resource solutions, it is

important to look at how they are affected by changes in these external factors. This can be done

in several ways, including sensitivity analysis, scenario analysis, and Monte Carlo simulation.

In this study, we use scenario analysis, developing several internally consistent future scenarios

against which the resource solutions are evaluated. Each scenario reflects a combination of

particular values for the relevant external factors and is characterized by an underlying “driver”

in combination with settings of other external factors that are consistent with this driver. The

scenarios are designed so that the particular combinations of external factors are relatively likely

(are internally consistent), and/or important (combinations that pose particular risks or

opportunities to the resource solutions). To test the resource solutions under consideration and

expose their, strengths and weaknesses, the scenarios are intentionally relatively extreme, but not

implausibly so. Together the scenarios depict a broad range of potential future conditions.

However, the scenario set developed here is not intended to thoroughly cover the full range of

potential outcomes.1

In contrast to scenario analysis, sensitivity analysis typically defines a “baseline” with all

parameters set at nominal or expected levels, and varies one parameter at a time to evaluate the

resource solutions.2 Sensitivity analysis can of course be a valid and useful technique, but

scenario analysis has some advantages here. Scenarios can better capture qualitatively different

multi-dimensional futures, rather than examining only uni-dimensional variations from an

In some analyses, scenarios are used to span the full range of possible future outcomes, but that is not
possible here, given the small number of scenarios that can be evaluated and the large number of potential
combinations of external factors. Similarly, some scenario analyses weight scenarios with probabilities
and calculate probability-weighted quantitative outcome measures. No attempt was made here to weight
scenarios or average outcome measures. The goal of this study is to use scenarios to gain insights about
the strengths and weaknesses of solutions, not to develop a single quantitative measure of their merit.

2 The ISO-NE’s “New England Electricity Scenario Analysis” is an example of a study that uses sensitivity

analysis. Note that the ISO uses the term “scenario” to indicate what we call a “resource solution” — a way
to meet resource needs. The ISO uses sensitivity analysis to examine different settings of external factors
like fuel prices and CO2 price.
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assumed baseline. This avoids a “basecase” preference in which one particular setting of factors

dominates the analysis.

Another approach to characterizing uncertainty is with Monte Carlo analysis, where many

different combinations of external factors are generated randomly according to specified

probability distributions, and resource solutions are evaluated against each combination. This

would result in a probability distribution for each resource solution, and solutions could be

compared based on their expected values and variances. However, a Monte Carlo approach

would not be as informative here because it would embed our own subjective probability

assessments and thereby obscure the dependence of resource solutions’ relative values on very

different future trajectories of external factors. It is important that this study illuminate for

policy makers how the value of each resource solution depends on key external factors such as

fuel prices, load growth, generation technology capital costs, and changes in environmental

regulations, including climate legislation. Such factors are likely to vary not by a few percent

along a well-behaved continuum, but by large jumps sometimes, and in ways that are

interrelated. Hence, constructing a range of internally-consistent scenarios that address the range

of plausible future trajectories of external factors is more informative in this context than Monte

Carlo analysis.

One of the key steps in developing the scenarios for this study is to understand the relationship

between the scenario drivers — economic growth, fuel price and CO2 allowance price — and

electricity prices and power demand. To create consistent relationship between these, we have

considered the interaction between economic growth and electric load, and also the feedback

effects by which fuel and CO2 prices affect power price, which then also influences power

demand. Different factors may have varying impact on energy demand vs. peak load, and we

have captured this distinction as well.

Three interacting effects can influence energy and peak demand — the price of electricity, active

demand-side management programs, and economic growth in the region. For the scenarios here,

energy and peak forecasts are obtained by adjusting ISO New England’s Base Case Load

Forecast for these three effects:
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1) Price Effect

One of the key parts of developing scenarios for the IRP is to understand the relationship

between external drivers — fuel and CO2 prices — and electricity prices and load. To

approximate this relationship in developing scenarios, we used the fact that New England

power prices are very closely linked to natural gas prices, and that CO2 prices will affect

power prices almost entirely through their effect on gas prices. In each scenario, we

determined the approximate effect on retail power prices of changes in gas and CO2

prices, assuming a 90% effect of gas prices on power prices, and accounting for the fact

that wholesale power price is “diluted” by T&D charges in the retail price. Given this

estimate of how power prices would change in a given scenario, we estimated the price

effect on electric load using a price elasticity relationship.

Price elasticity for power is often estimated to be in the range of -0.8 to -1.0. (This is a

long-run elasticity; short-run elasticities are much lower —around -0.1 to -0.2. Also, cross

price elasticities between power and other energy sources are very small, and were

ignored here.) This elasticity range is almost certainly too high in the context of large

price changes, because of diminishing marginal effects. We assumed a long run energy

price elasticity of -0.35 and short run energy price elasticity of -0.20, consistent with the

Energy Information Administration’s National Energy Modeling System (NEMS)

elasticity estimates reported in Annual Energy Outlook 2003 (AEO2003). NEMS

elasticities are more relevant in our context for two main reasons. First, these elasticity

estimations are forward looking in the sense that they weigh potential long-run

adjustments in the efficiency of equipment stock. Second, NEMS elasticities are

estimated for a large price change which conforms to the case in our scenarios. We phase

in short run elasticity response over three years starting in 2008, while the remaining

effect (the difference between long run and short run) is phased in smoothly over 7 years

starting in 2011. We also follow the same methodology to determine the price effect on

peak load. Peak elasticity is smaller than energy elasticity (around half the magnitude)

due to the limited substitutability of consumption during peak times. Accordingly, we

assumed a long run peak price elasticity of -0.175 and short run peak price elasticity of -
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0.10 for the effects on peak load, and phased in as for energy elasticity effects. This

approach is used for all scenarios to adjust ISO-NE’s Base Case Peak and Energy

Forecasts for elasticity responses to scenario-specific fuel and CO2 prices.

2) DSM Effect

The ISO-NE Base Case energy and peak forecasts are adjusted for DSM that is not

included in the ISO-NE’s forecasts. The “DSM Effect” represents how much lower the

load will be relative to the ISO-NE’s Base Case due to DSM activities. Two different

levels of DSM (corresponding to DSM activities in the Resource Solutions) are studied;

“Base DSM” is a component of all the Resource Solutions, and “Heavy DSM”

characterizes additional DSM activities that occur in the DSM Focus resource solution.

The nominal amount of DSM activities undertaken in either Base or Heavy DSM is the

same across all scenarios, but the interaction with the price effect is taken into account to

develop the resulting DSM response and scenario-specific loads. That is, the Resource

Solution characterizes the amount of effort put into DSM activities, but given that, the

quantity reduction in peak and energy that is actually achieved depends on the scenario.

3) Economic Growth Effect

Two of our scenarios do not start from the ISO-NE’s Base Case energy and peak load

forecasts, but instead work from the ISO’s High Growth case (or a combination of that

with the Base Case). For those scenarios, we define the “growth effect” to represent the

deviation from the Base Case forecast in a given year.

After defining these effects for each of the scenarios, the next step is to adjust the ISO-NE’s Base

Case forecast by a combination of the three effects to arrive at the scenario load forecasts. For

all scenarios except the Low-Stress Scenario, price effect and DSM effect work in the same

direction to reduce the forecasts below ISO-NE’s Base Case Forecast. These two effects

compete to an extent (the price effect essentially “cannibalizes” the DSM effect), and to account

for this we reduce the combined effect by half the magnitude of the smaller individual effect. In

the Low Stress scenario, these two effects work in opposite directions and do not cannibalize one

another, so they are simply summed. This combined impact of price and DSM effects is applied
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in addition to the growth effect present to develop the scenario-specific peak and energy demand

forecasts for the scenarios.

The primary dimensions on which scenarios are defined are:

A. Fuel prices - natural gas prices are of primary importance, but petroleum prices are also

relevant.

B. Load growth

C. Cost of new generating capacity

D. Environmental policy — in particular, climate policy, represented by CO2 price.

The table below summarizes the primary parameters that characterize each of the scenarios.
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Table B.1: Scenario Summary

A. B. C. D.
Fuel Prices Load Growth Cost / Siting Environment

(CO2_Price)
J• Gas: NYMEX wI ETA ISO Base Case Load, nominal cost & siting RGGI 2011, 2013;

growth rate adjusted for DSM parameters (see Bingaman safety valve
Oil: NYMEX wI ETA (-~2%, then 1.5% screening analysis) thereafter

Current growth rate peak growth; ~—1% ($5 in 2011-13; ~—$15 in
Trends energy growth) 2018 to $26 in 2030)

]j~ Gas price ~—l0% higher, Below Current nominal cost & siting Strict climate:
due to higher gas demand Trends Case, due to parameters 2x EPA Assessment of

~ . from electric gen higher power price S.280, starting 20123LriCL (partially offset by non- (from CO2 price, gas (RGGI pre-2012)
Climate electric gas use). price), though based ($26/t 2012; S34/t

Oil same as Current on ISO Base Case 2018; $60/t 2030)
Trends. Load.

flJ Gas —$1 1/MMBtu (.85 Substantially below Higher costs; 30% over Current
parity to $8SIbbl crude, Current Trends Case additional 10% above Trends prices starting in

H. ‘ 1.7”Ref gas price) due to higher power Ref Case on Capital 2014ig uei ‘ FO2, F06 similar to Ref price (from CO2 price costs, FOM, VOM ($16 in 2014; $20 in
Growth prices (maintain relative and gas price) despite 2018; $35 in 2030)

rel’n to crude) being based on high
growth case.

iv. HH gas at ‘-$5; Based on economic low cost / easy siting Same as Current Trends
~ Crude at ~-~$40 (in 2012, growth only slightly Reduce Capital costs Case:

2008$) higher than nominal, by —20% vs Current RGGI/Bingaman
Low Stress but load is much Trends Case (all

higher than Current techs)
Trends due to lower
power prices.

I. SCENARIO DESCRIPTIONS

A. Current Trends Scenario

The Current Trends scenario is based on a continuation of current conditions and expectations. It

is specified as follows.

i. Fuel Prices

a. Henry Hub natural gas prices are from NYMEX Henry Hub

Futures as of 9/27/2007, with data available October 2007

through December 2012. After 2012, prices are extrapolated

through 2030 using EIA annual growth rates for natural gas

prices (from the 2007 Annual Energy Outlook). Delivered

natural gas prices are obtained by adding a New England basis
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differential; this adder to Henry Hub prices is differentiated

monthly but is assumed to remain constant over years, with an

annual average of $1/MMBtu.

b. Residual Fuel Oil (F06) prices are forecast for October 01,

2007 through December 01, 2012 based on NYMEX crude oil

futures prices, adjusted based on the historical relationship

between crude and F06 (from a simple linear regression).

After 2012, F06 prices are extrapolated to 2030 using ETA

annual growth rates for F06.

c. Distillate Fuel Oil (F02) prices are NYMEX Heating Oil

futures from October 2007 through September 2010. Prices are

extrapolated beyond 2010 to 2030 using ETA annual growth

rates for F02.

ii. Load

a. Growth Effect: No additional growth effects; energy and peak

load are based on the ISO-NE Base Case forecast. ISO-NE

forecasts are only available from 2007 through 2016.

Therefore, energy and peak load are extrapolated through 2030

by using the 2015-2016 forecast energy growth rate

(approximately 1%) and peak load growth rate (approximately

1.5%).

b. DSM Effect: Base and Heavy DSM efforts have their nominal

specified effects, as described in Appendix D.

c. Price Effect: No additional price effect, since prices are

assumed to be at nominal levels. Price effects for other

scenarios are defined relative to the Current Trends Scenario.

iii. Cost and Siting

a. Costs for new generation are as described in Appendix C. This

reflects Connecticut locational construction costs, as well as



the recent substantial increase in capital costs of generating

technologies (up by roughly 25-35% over typical cost estimates

from just a few years ago).

iv. Environmental Regulations (C02)

a. Starting in 2010 when RGGI comes into effect, CO2 prices are

based on RGGI (approximately $5/t C02). Beginning in 2014

and continuing through 2030, prices are based on the safety

valve price in the Bingaman-Specter Low Carbon Economy

Act of 2007. The safety valve begins at $12/t (in 2012$) and

grows at 5% in real terms. This yields approximately $12/tin

2014, $161t in 2020 and $26/t in 2030 (all in 2008$). For

comparison, in its Scenario Planning exercise, the ISO-NE

assumed a CO2 price of $20/t in its Base Case. Allowance

prices for SO2, NO~ and mercury are based on ETA forecasts

(these are not varied across other scenarios, as they are a

relatively small cost component).

B. Strict Climate Scenario -

This scenario is driven primarily by strict climate policy, based loosely on several of the more

stringent legislative proposals that have been put forward recently (e.g., 70% reduction in GHG

emissions by 2050). The primary implication for the power sector is a substantially higher price

of CO2. The high CO2 price causes some dispatch switching (from coal to gas) and a shift

toward gas-fired generation for capacity additions; this increased in gas demand from the electric

sector is partially offset by a decrease in non-electric use of gas, and the resulting moderate

increase in gas demand causes natural gas commodity prices to increase somewhat. The high

CO2 price and higher gas price are reflected in higher electricity prices, which cause a reduction

in load relative to the Current Trends Scenario.
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i. Fuel Prices

a. Henry Hub natural gas prices are 10% above the Current

Trends scenario due to increased gas demand. Higher gas

demand for electric generation is partially offset by decreased

non-electric gas consumption (in response to the increase in

effective gas prices caused by the higher CO2 price). The basis

differential to New England is unchanged from the Current

Trends scenario.

b. F02 and F06 prices are the same as the Current Trends

Scenario.

ii. Load

a. Growth Effect: No growth effects as energy and peak is

assumed to grow at the same rate as ISO-NE’s Base Case

energy and peak forecasts.

b. DSM Effect: DSM effect interacts with price effect as

described in the introduction to this Appendix.

c. Price Effect: ISO-NE Base Case forecasts for energy and peak

are adjusted for the impact of higher electricity prices, which

are driven by higher gas and CO2 prices. In addition to the

10% increase in the cost of gas itself, the higher CO2 price will

increase the effective natural gas price by an additional 14%

(compared to the Current Trends scenario). This resulting 24%

increase in effective gas prices will cause a 14% increase in

delivered power prices. This will induce:

Energy decreases by 5%, relative to ISO-NE Base Case
energy forecast in 2018. The short-term response, a 3%
decrease in energy, is phased in smoothly over the first 3
years through 2011 and the remaining 2% decrease (long
term response) is phased in over the following 7 years
through 2018. The percentage difference in energy relative
to the Base Case is assumed to remain constant beyond
2018.
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• Peak decreases by 2.5%, relative to ISO-NE Base Case
peak forecast in 2018. The 1.5% short-term decrease in the
peak is phased in smoothly over the first 3 years through
2011 and the remaining 1% decrease (long-term) is phased
in over the following 7 years through 2018. The
percentage difference in peak relative to the Base Case is
assumed to remain constant beyond 2018.

iii. Cost and Siting

a. Same as the Current Trends Scenario.

iv. Environmental Regulations (C02)

a. For 2010 and 2011, CO2 prices are based on RGGI

(approximately $5/t C02). Starting in 2012, CO2 prices are

substantially higher than the Current Trends scenario, due to

strict federal climate policy coming into effect then. The effect

of such a strict climate policy on CO2 price is based on the

EPA assessment of S.280, the Lieberman Climate Stewardship

and Innovation Act of 2007. EPA’s estimated CO2 prices were

doubled for this scenario; the EPA analysis found that CO2

prices were very sensitive to the amount of offsets allowed, and

that under the same bill but without any offsets, the price

would approximately triple. A price of double the EPA

“Lower Nuclear Power Generation” case estimate is reasonably

representative of a strict but credible climate policy. Other

analyses suggest that prices of around this level are probably

necessary to prompt a significant change in CO2 emissions,

particularly from the power sector (e.g., to cause dispatch

switching from coal to gas generators, and to prompt the

construction of lower-CO2 new generation). This leads to CO2

prices of $26/t in 2012; $37!t in 2020 and $601t in 2030. For

comparison, in its Scenario Planning exercise, the ISO-NE

used a CO2 price of $40/t in its high carbon price sensitivity
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case. The current CO2 allowance price in the EU ETS is €22,

or $32!t CO2.

v. High Fuel! Growth Scenario

This scenario is characterized by high (regional or global) economic growth, in

combination with substantially higher natural gas prices. High natural gas prices are

driven at least in part by high U.S. gas demand (and strong global demand for LNG,

which prevents it from holding domestic prices down). Petroleum prices are somewhat

higher than the Current Trends scenario. E.g., F02 prices are 30% higher on average

over the horizon; F06 prices average 20% higher. Electric load growth in this scenario is

affected by two strong but opposing factors — high economic growth tends to increase

load, while higher fuel and CO2 prices push up power prices, which tends to decrease

load. On balance (and perhaps somewhat surprisingly), electric energy demand in this

case is slightly lower than under the Current Trends scenario, though peak load is higher

(peak demand is less sensitive to the price of power).

vi. Fuel Prices

a. Currently, gas is priced at roughly 60% parity with crude on a

Btu basis, substantially below the historical pricing relationship

of about 85% parity. High economic growth, which is assumed

in this scenario, will lead to high gas demand, which could

cause gas to return to its relative pricing relationship with oil.

A 70% increase in gas price from the Current Trends scenario

puts gas at 85% pricing parity with crude at $85!bbl (2008$).

Note that current futures price for 2011 — $80!bbl (2008$) — is

somewhat above the $67!bbl crude futures price that prevailed

in September when fuel price data was sampled this study. Gas

price in this scenario is defined as 170% of the Current Trends

gas price. These are Henry Hub prices; since the New England

basis differential is assumed to be unchanged, the delivered



price increases by about 60% relative to the Current Trends

delivered price.

b. Crude prices in this scenario are assumed to maintain this 85%

parity relationship with gas prices; i.e., gas and crude prices

move together. This differs from other scenarios but is

consistent with gas and oil having a stable long-term pricing

relationship. F02 prices are estimated in relation to this crude

price trajectory, based on the ETA forecast of the relationship

between crude and F02. F06 prices are forecasted using the

estimated relationship between historic crude oil and F06

prices.

vii. Load

a. Growth Effect

• Under this scenario, the growth effect on energy is based
on the ISO-NE’s “High Case” energy forecast which
reflects strong economic growth. The effect in year 2018 is
assumed to remain constant through 2030.

• The growth effect on peak load is based on the ISO-NE’s
“High Case” peak load forecast. The effect in year 2018 is
assumed to remain constant through 2030.

b. DSM Effect: DSM effect interacts with price effect as

described in the introduction to this Appendix.

c. Price Effect: ISO-NE Base Case forecasts for energy and peak

are adjusted for the impact of 36% increase in power price that

was prompted by a 67% increase in gas prices (due to higher

gas and CO2 prices relative to the Current Trends Scenario).

This results in:

• A 13% decrease in energy demand relative ISO-NE’s Base
Case forecast in 2018. The short-term effect, 7.5%, is
phased in the first 3 years through 2011, and the remaining
(long-term) 5.5% decrease is phased in over 7 years
through 2018. Beyond 2018, this 13% decrease in energy
demand relative to the ISO-NE Base Case is maintained.
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• A 6.5% decrease in peak relative ISO-NE’s Base Case
forecast in 2018. The short-term effect, 3.5%, is phased in
the first 3 years through 2011, and the remaining (long
term) 3% decrease is phased in over 7 years through 2018.
Beyond 2018, this 6.5% decrease in peak is maintained.

viii. Cost and Siting

a. Costs of new generation (capital costs, FOM, and VOM) are

increased by an additional 10% over Current Trends values to

reflect higher costs (e.g., for labor and materials) in a high

economic growth case.

ix. Environmental Regulations (C02)

a. CO2 prices are based on RGGI from 2010 until 2014.

Beginning in 2014 and continuing through 2030, prices are

30% higher than the Current Trends scenario CO2 prices, due

to the additional demand for CO2 allowances created by high

economic growth.

C. Low Stress Scenario

Historically, periods of high prices ate often followed by a return to earlier, lower price trends.

The Low Stress scenario reflects a return to somewhat lower fueland generator costs, reversing

some (though not necessarily all) of these recent price increases. Slightly higher economic

growth, combined with substantially lower power prices, results in both peak and energy load

that are much higher than in the Current Trends Scenario.

i. Fuel Prices

a. All fuel prices are 40% below their corresponding Current

Trends values. Both oil and gas prices fall so that their current

relationship is maintained. For natural gas, the New England

basis differential is assumed to be unchanged, so the



proportional effect on delivered gas prices is smaller (about

35%).

ii. Load
a. Growth Effect

• This scenario assumes an energy load that is the midway
between ISO-NE’s High Case and Base Case energy
forecasts.3 The growth effect in year 2018 is assumed to
remain the same beyond 2018.

• Peak load is midway between ISO-NE’s High Case and
Base Case peak forecasts. The growth effect in year 2018
is assumed to remain the same beyond 2018.

b. DSM Effect: DSM effect interacts with price effect as

described in the introduction to this Appendix.

c. Price Effect: ISO-NE Base Case forecasts for energy and peak

are adjusted for the impact of lower gas prices on load. The

35% decrease in delivered gas price will cause a 20% decrease

in delivered power prices. This leads to:

• A 7% increase in energy demand relative ISO-NE’s Base
Case forecast in 2018. The short-term effect, 4%, is phased
in the first 3 years through 2011, and the remaining (long-
term) 3.3% increase is phased in over 7 years through 2018.
Beyond 2018, this 7% increase in energy demand relative
to the ISO-NE Base Case is maintained.

• A 3.5% increase in peak relative ISO-NE’s Base Case
forecast in 2018. The short-term effect, 2%, is phased in the
first 3 years through 2011, and the remaining (long-term)
1.5% increase is phased in over 7 years through 2018.
Beyond 2018, this 3.5% increase in peak is maintained.

iii. Cost and Siting

a. Generator costs are lower than in the Current Trends scenario,

reflecting a reversal of at least some of the recent increases in

construction costs. Capital costs are reduced by 20% relative

~ This assumption is consistent with a scenario in which low fuel prices are stimulating moderately higher

economic growth. However, economic growth is assumed to be less extreme than in the ISO-NE’s High
Case, since it is less likely that fuel prices would remain low if the economy were growing at this high
rate. This logic affects both peak and energy demand.
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to the Current Trends scenario for all technologies. (FOM and

VOM are unchanged from Current Trends levels.)

iv. Environmental Regulations (C02)
a. Same as the Current Trends Scenario.

II. GRAPHICAL DEPICTIONS

Fuel prices, CO2 prices and loads (peak and energy) of the four scenarios are depicted

graphically below.

Figure B.1: Current Trends Scenario — Fuel Prices
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Figure B.2: Strict Climate Scenario — Fuel Prices
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Figure B.3: High Growth/Fuel Scenario — Fuel Prices
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Figure B.4: Low Stress Scenario — Fuel Prices
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Figure B.5: Delivered Natural Gas Prices (All Scenarios)
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Figure B.6: CO2 Allowance Prices (All Scenarios)
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Figure B.7: Energy Profile (All Scenarios; Conventional and USM-Focus Solutions)
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Figure B.8: Peak Profile (All Scenarios; Conventional and DSM-Focus Solutions)
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APPENDIX C: GENERATION SUPPLY CHARACTERIZATION

I. CONVENTIONAL GAS-FIRED TECHNOLOGY

The characterization of conventional gas-fired generating technology — combustion

turbines (CTs) and combined cycle generators (CC5) — is based on the review of

numerous sources for the cost and performance ofthese technologies. This includes the

testimony of John Reed on behalf of ISO-NE in the development of the ISO’s locational

capacity market. Mr. Reed performed a detailed assessment of the fixed costs of

combustion turbine capacity installed at different locations on the ISO-NE grid; this

locational cost information is particularly important in the context of the IRP. We

updated Mr. Reed’s assumptions to current values, supplemented variable operating cost

information and adjusted for technological evolution over time.

Since combined cycle technology is very similar to combustion turbine technology, we

used the CT costs described above as a basis for estimating combined cycle costs.

Combined cycle installed costs were assumed to be 150% of CT installed costs,

consistent with other sources (different construction schedules cause overnight costs to

have a slightly different relationship). These costs were then adjusted for technological

evolution over time. Combined cycle operating costs were also based on an adjustment

to combustion turbine operating costs.

Table C. 1 presents a high-level characterization of CT and CC technology cost and

performance. The values in this table represent capacity located within Connecticut but

outside Southwest Connecticut. Values for Southwest Connecticut and for other

locations in New England were also developed and used for the simulation analyses. The

cost parameters reflect the Current Trends scenario; in other scenarios these cost

parameters take on different values.’

Table C.1 shows heat rates of 6,508 and 9241 Btu/kWh for CCs and CTs, respectively, which reflect full
load heat rates at ideal conditions. Heat rates of 7,000 and 10,200 Btu/kWh, respectively, were used in
the simulation analyses. The simulation produces capacity factors that differ from the capacity factors
shown in Table C.1 for screening purposes. (However, the cost parameters shown in Table C.1 were
used in our analysis of capacity prices.)
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Table Cd: Gas-Fired Generating Technology Characteristics (2015 Online Date)

Combustion Combined
Parameter Units Turbine Cycle

Overnight Cost (2008$/kW) 598 869
Fixed O&M (2008$/kWyr) 26.7 29.7
Variable O&M (200 8$/MWh) 3.2 1.4
Economic Life (Years) 20 40
Capital Charge Rate (%) 13.1% 10,7%
Fuel Type (type) Gas Gas
Heat Rate (BtulkWh) 9,241 6,508
C02 Emissions (tons/MWh) 0.50 0.35
Assumed Capacity Factor (%) 20% 85%

Notes: Costs reflect generation sited in Connecticut. Emissions are in metric
tonnes.

II. BASELOAD GENERATION CHARACTERIZATION AN]) SCREENING

The Baseload Generation resource solution examines the addition of a significant amount

of baseload generating capacity (i.e., capacity with high fixed cost but relatively low

operating cost) within Connecticut. There are several candidate baseload generating

technologies to consider, including nuclear and several versions of coal-fired generators.

The question of which of these potential baseload technologies to consider is addressed

first with a screening analysis, which calculates the all-in cost (the levelized lifecycle

cost) of the different technologies.

A number of data sources were considered for the capital and operating costs and

performance parameters of several potential baseload technologies, including:

• Pulverized coal (supercritical)
• Pulverized coal with carbon capture and sequestration (CCS)
• Integrated gasification combined cycle (IGCC)
• IGCC with CCS
• Advanced Nuclear

Estimating the cost and performance of generating technologies is complicated by the

fact that the industry has little or no recent experience building many of the potential
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technologies (e.g., advanced nuclear, carbon sequestration). Further, even conventional

technologies have experienced major increases in capital costs in the past several years,

making it difficult to estimate costs even for well-understood technologies. In addition,

regional cost differences mean that a generic technology cost comparison may not be

appropriate for Connecticut. For example, the cost of building new generation in

Connecticut is significantly above U.S. average construction costs, as are delivered fuel

costs and O&M costs.

Many of the cost assumptions for this analysis are based on the recent study by the

National Energy Technology Laboratory (NETL) on fossil generation costs, though

numerous other sources were also reviewed, including EIA technology projections, MIT’s

Future of Coal and Future of Nuclear studies, ISO New England’s recent Scenario

Analysis study, and others. Because the NETL study is recent, thorough and done

consistently across most of the relevant technologies, it is a useful source here. Capital

costs were increased to account for recent cost increases, and further adjusted to reflect

regional cost differences for Connecticut. Similarly, operating costs are adjusted to

reflect a Connecticut location. Fuel and emissions costs used in the screening analysis

are based on levelized equivalents to the fuel and emission cost trajectories from the four

scenarios. All-in costs are evaluated at 85% capacity factor for all fossil technologies,

and 90% for nuclear. Although different technologies might have capacity factors that

differ slightly from these assumptions, the differences would be modest on the New

England grid, and subsequent sensitivity analyses showed that the conclusions of the

screening analysis would not change in light of this.

Table C.2 presents a high-level characterization of cost and performance parameters for

baseload technologies located within Connecticut, outside Southwest Connecticut.

Again, these cost parameters reflect the Current Trends scenario; they take on different

values in other scenarios. To facilitate a high-level comparison, we also include here the

parameters of a gas-fired combined cycle plant, both with and without CCS.
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Table C.2: Baseload Generating Technology Characteristics (2015 Online Date)

Combined Combined Supercritical Supercritical IGCC w/ Advanced
Parameter Units Cycle Cycle wI CCS Coal Coal wI CCS IGCC CCS Nuclear

Overnight Coat (2008$/kW) 869 1,558 2214 4,037 2,567 3,387 4,038
Fixed 08cM (2008$/kWyr) 29.7 37.1 47.3 62.0 59.2 70.3 102.9
Variable 08cM (2008$IMWh) 1.4 13.6 5.8 33.4 7.6 32.5 1.8
Economic Life (Years) 40 40 40 40 40 40 40
Capital Charge Rate (%) 10.7% 10.7% 11.1% 11.1% 11.1% 11.1% 11.9%
Fuel Type (type) Gas Gas Coal Coal Coal Coal Nuclear
Heat Rate (Btu/kWh) 6,508 7,609 8,620 12,367 8,144 10,039 10.280
C02 Emissions (tonalMWh) 0.35 0.04 0.79 0.11 0.78 0.10 0.00
Assumed Capacity Factor (%) 85% 85% 85% 85% 85% 85% 90%

Notes: Coats reflect generation sited in Connecticut. Emissions are in metric tonnes. CCS is carbon capture and sequestration. Technologies with CCS
assume offahore sequestration.

Figure C. 1 below illustrates the result of the initial all-in cost analysis, using cost and

price parameters (construction and O&M costs, as well as emissions prices and CO2

price) that reflect the environment of the Current Trends scenario. To facilitate an

approximate high-level comparison in the screening analysis, we included a gas-fired CC,

both with and without CCS. Note that a screening analysis like this may not account

accurately for system interactions, so the comparison with a gas CC may be incomplete.

For a proper comparison of gas-fired versus baseload capacity, a system simulation is

necessary; this was done in the simulation analyses comparing the Conventional vs.

Baseload resource solutions.
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Figure C.1: Levelized Electricity Cost for Baseload Technologies (Current Trends
parameters)
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The same technologies can be evaluated against the parameters that reflect each of the

other scenarios as well, as is illustrated in Figure C.2. The different scenarios have

different fuel and CO2 prices, as well as different technology costs, and all these

differences may affect the comparison. Figure C.3 following shows the same information

as Figure C.2, but groups results by scenario rather than by technology, which makes

some effects easier to observe.
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C-5



Figure C.2: Levelized Electricity Cost for Baseload Technologies (All Scenarios) —

by Technology
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Figure C.3: Levelized Electricity Cost for Baseload Technologies (All Scenarios) —

by Scenario
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Discussion of Screening Results
The results illustrated above display several effects. First, compare the various coal

technologies - supercritical coal and IGCC with and without CCS. The screening results

suggest that it would make most sense to consider either a supercritical coal plant without

CCS, or IGCC with CCS, but not the alternative combinations (SC Coal w/ CCS or IGCC

without CCS). Figure C. 1 shows that SC Coal is less costly than IGCC without CCS, but

IGCC w/ CCS is less costly than SC Coal w/ CCS. That is, by itself, SC Coal is the more

economical technology, but the incremental costs of CCS are larger on SC coal so that

the economics reverse with CCS. This same observation applies in the other scenarios in

Figures C.2 and C.3; the primary factors that change across scenarios are capital costs

and CO2 emissions costs, and these do not alter the relationships above. We did not

explicitly analyze here the option to add CCS to a coal plant originally developed without

it (what is sometimes referred to as a “capture ready” plant). Other analyses suggest that
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this option is unlikely to be attractive, in part because an IGCC plant must be configured

differently to operate with CCS, so that adding CCS after the fact is much more costly.

The screening analysis suggests coal with carbon sequestration is unlikely to be a viable

option in New England. I.e., SC Coal is more attractive than IGCC w/ CCS. This is in

part because it appears that New England does not have favorable geology for carbon

sequestration. This makes it necessary to do offshore (undersea) sequestration with

attendant higher transportation, storage and monitoring costs. These additional costs

appear as components of Variable O&M (VOM) in the graphs above. Even if lower-cost

onshore CCS was feasible, CCS would likely still be unattractive in Connecticut. New

England has higher regional construction costs and higher coal prices than other regions.

Higher construction costs disadvantage capital-intensive technologies like IGCC w/ CCS,

and combined with higher coal costs, make it more difficult to compete with gas-fired

technologies. It could well be that under strict climate legislation, IGCC w/ CCS

becomes economical in many regions of the country, but not in New England. Under

federal climate legislation, CO2 prices would be uniform nationwide, but higher

Connecticut capital costs would still tip the economic balance away from a capital-

intensive technology that sequesters carbon to avoid its price. Higher coal prices and

higher sequestration costs would reinforce this effect.

As an aside, we note that based on this screening analysis, adding CCS capability to a

gas-fired combined cycle plant appears economically unattractive. Although the

incremental capital costs associated with CCS are smaller than for coal, they are not

justified by the savings in CO2 emissions costs avoided (a conventional gas CC emits

only about half as much CO2 as a coal plant). The lower efficiency and higher operating

costs of a CC with CCS further reinforces this effect.

This leaves the SC Coal and Nuclear options remaining as potentially attractive baseload

generation options. There are substantial differences in the uncertainties that affect these

two technologies. The economics of a coal plant are exposed to very uncertain,

potentially high CO2 costs. The economics of nuclear generation are subject to large
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capital cost uncertainties, further complicated by other factors not modeled explicitly

here, but nonetheless important — potential siting difficulties, concerns about nuclear

proliferation and spent fuel disposal, etc. While Figure C.2 above appears to show that

nuclear involves less cost uncertainty, this is simply because the scenarios do not reflect

the uncertainty in nuclear construction costs (since it does not interact with other scenario

variables, this uncertainty can be considered separately).

Because this screening analysis does not show a clear preference for either SC Coal or

Nuclear, we evaluate both as baseload alternatives in the simulation analyses. On the

New England grid, where the large majority of capacity has much higher variable cost

than either nuclear or coal, these two baseload technologies will operate in essentially the

same way. This is in contrast with some other regions, where a coal plant may operate at

a lower capacity factor because of large amounts of low-cost generation.

This screening analysis also suggests that gas-fired combined cycle technology is likely

to be attractive, but since that is being considered as a separate resource strategy and

modeled with full system simulations, we do not attempt to draw conclusions about the

relative merits of gas-fired versus baseload technologies from this screening analysis.

III. RENEWABLE GENERATION CHARACTERIZATION

The discussion of renewable energy sources is contained in Appendix E: Renewable
Energy~

IV. SOURCES

The following sources were reviewed in characterizing supply side generating
technologies.

“Annual Energy Outlook 2007.” Energy Information Administration. February,
2007. http ://www.eia.doe.gov/oiaf/archive/aeoO7/index.html.

“Bingaman!Specter Climate Change Bill.” Sen. Bingaman, Jeff. July 11, 2007.
http ://energy.senate.gov/public/_files/END07842_xml 1 .pdf.
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“Civil Works Construction Cost Index; March 30, 2007 Revision.” US Army
Corps of Engineers. March 30, 2007.
http ://www.usace.army.mil/publications/eng-manuals/em1110-2-13 04/entire.pdf.

“Economic and Energy Impacts from Maryland’s Potential Participation in the
Regional Greenhouse Gas Initiative.” Maryland Department of the Environment.
January, 2007.

“The EIA Petroleum Navigator.” Energy Information Administration.
http://tonto.eia.doe .gov/dnav/petlpet_sum_top.asp

“EPA Analysis of The Climate Stewardship and Innovation Act of 2007: S.280 in
110th Congress.” U.S. Environmental Protection Agency. July 16, 2007.

http://epa.gov/climatechange/downloads/s2 8Ofullbrief.pdf.

“Final Scenario Analysis Modeling Assumptions.” ISO-New England. May 16,
2007.
http ://www. iso
ne.com!committees/comm_wkgrps/othr/sas/mtrls/may2 1 2007/final_sa_modeling
assumptions.pdf.

“Fossil Energy Cost and Performance Baseline Studies: Volume 1; August
Revision.” National Energy Technology Laboratory. August, 2007.
http ://www.netl.doe.gov/energy-analyses/baseline_studies .html.

“The Future of Coal: An Interdisciplinary MIT Study.” Massachusetts Institute of
Technology. 2007. http://web.mit.edu/coal/.

“The Future of Nuclear: An Interdisciplinary MIT Study.” Massachusetts
Institute of Technology. 2003. http://web.mit.edu/nuclearpower/.

“Gas Daily.” Platts.
http://www.platts.com/Natural%2OGas/Newsletters%20&%2oReports/Gas%2ODa
ily/.

“Gross Domestic Product: Implicit Price Deflator.” U.S. Department of
Commerce: Bureau of Economic Analysis. October 10, 2007.
http://research.stlouisfed.org/fred2/series/GDPDEF/.

“The Handy-Whitman Bulletin, No. 165.” Whitman, Requardt & Associates,
LLP.

“New England Electricity Scenario Analysis.” ISO-New England. August 2,
2007. http://www.iso
ne.comlcommittees/comm_wkgrps/othr/sas/mtrls/elec_report/scenario_analysis_fi
nal .pdf
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“Nymex Futures Prices.” http://www.nymex.com/media/O92707.pdf.

“Testimony in FERC Docket No. ERO3-563-030.” Ex. ISO-8. Reed, John. August
31, 2004.

c-li



APPENDIX D: DEMAND-SIDE MANAGEMENT RESOURCE SOLUTION

I. INTRODUCTION

This Appendix describes the demand-side management (DSM)-focused resource solution for

Connecticut, based on an evaluation of DSM conducted by The Brattle Group with substantial

involvement by the Companies. This resource solution builds on work that the Companies have

been carrying out over the past several years in collaboration with the Department of Public

Utilities Control (DPUC), the Energy Conservation Management Board (ECMB) and other

stakeholders. This resource solution envisions a significant increase in spending on DSM

programs, with the objective of eliminating substantially all load growth over the next decade.

These goals incorporate the ECMB’s Vision Statement to assist Connecticut’s businesses to

embrace energy efficiency and load management as an integral part of their business operation.

The assessment contained in this section builds on work contained in prior documents:

Independent Assessment of Conservation and Energy Efficiency Potential
for Connecticut and the Southwestern Connecticut Region, Final Report
for the Connecticut ECMB, GDS Associates, Inc. and Quantum
Consulting, June 2004
New England Electricity Scenario Analysis, ISO New England Inc.,
August 2, 2007

• Conservation and Load Management Portfolio Plan, Docket 06-10-02,
Scenario 2 (Zero load growth) Supplemental Filing with the DPUC, The
Companies, January 31, 2007

II. CONSERVATION AND ENERGY EFFICIENCY POTENTIAL

The~energy efficiency potential study issued in 2004 identified the maximum achievable cost-

effective potential for energy conservation and peak demand reduction associated with some 300

energy efficiency measures. The study built on research findings from over 200 other studies. It

did not evaluate the potential for demand response measures. It found that 13% of energy

consumption (4,466 GWh) and 13% of peak demand (908 MW) could be cost-effectively saved

in Connecticut through commercially-available energy efficiency measures over a ten year

period from 2003 through 2012. The estimate assumes that all measures that pass the Total

Resource Cost (TRC) test are implemented for the maximum number of customers that can be
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recruited through a concerted and sustained campaign involving highly aggressive program

designs and delivery channels. Based on the study, if these savings were achieved, they would

eliminate load growth in Connecticut out to 2012.

Although this study is a few years old, and there have been changes in the underlying

assumptions for costs and savings, it is the most current estimate of the available potential in

Connecticut. The ECMB, as required by statute, is in the process of initiating a more current

effort that can be used to update future IRP efforts.

We estimate that approximately one-third of the savings from the 2004 Potential study has

already been captured through changes in codes and standards and/or conservation efforts since

its completion, leaving about 600 MW still available. At the same time, energy prices and

avoided costs have increased substantially since 2004, which should raise the cost-effectiveness

of other measures that otherwise were not found cost-effective in the 2004 study. Considering

both of these effects, we expect that the increase in avoided costs since 2004 should more than

offset the already-realized energy savings identified in the 2004 Potential Study. The

Companies’ ten year estimate of energy efficiency potential is 952 MW, which is approximately

5% higher than the 908 MW from the 2004 study and approximately 50% higher than the

estimated remaining potential from the 2004 study.

We compared this estimate of achievable conservation to potential studies that have recently

been completed in other areas of the country, including Vermont, Michigan, and California.

Based on a review of those studies, the 952 MW estimate of maximum achievable energy

efficiency potential appears reasonable. However, there remains some degree of uncertainty

surrounding this estimate. The ECMB will be updating the 2004 Potential Study in 2008.

Results from this effort may determine that DSM potential is even greater than currently

anticipated. The Companies will utilize this updated study to refine and revise the estimates of

maximum achievable cost effective savings.
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III. NEw ENGLAND ELECTRICITY SCENARIO ANALYSIS

ISO New England undertook an eight-month long assessment of the future energy needs of the

New England region. The assessment was carried out through an open process involving one

hundred stakeholders. It yielded seven scenarios of the economic, reliability and environmental

impacts of various demand-side and supply-side technologies on the New England power system

that serves the needs of its 14 million inhabitants.

One of these scenarios involved an intense focus on energy efficiency and demand response

measures. Called Scenario 2, its portfolio of demand-side resources was divided evenly between

energy efficiency and demand response measures. In the aggregate, the scenario incorporated a

significant investment in demand-side resources of some 5,400 MW in New England.

Results from this scenario and the study of potential savings have been used to develop estimates

of the potential size of the DSM resource in Connecticut.

IV. CONSERVATION & LOAD MANAGEMENT SCENARIO II PLAN

The Companies developed a high level multi-year plan for achieving zero peak demand growth

in the state by 2010, equivalent to a 140 MW reduction in peak demand. The plan assumed that

funding constraints on several core DSM programs would be removed and those programs would

be ramped up to substantially higher funding levels. The plan cited a recommendation made to

the state’s General Assembly by the Connecticut Academy of Science and Engineering which

said, in part, “The state should adopt the principle that energy resource needs will first be met

through all available energy efficiency and demand reduction resources that are cost effective,

reliable and feasible” — the precise language adopted in PA 07-242 Section 51(c).

The plan intended to achieve its aggressive goals by “aiming higher/going deeper,” i.e., striving

for the highest efficiency levels that are cost-effective. In addition, it sought to accelerate the

replacement of older inefficient systems before the end of their useful lives. Another feature was

integrated program design and delivery, i.e., integration of electric and gas programs and the

initiation of one-stop shopping for all DSM programs. Finally, the plan involved integration
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with other state-wide initiatives, such as the Climate Change Action Plan and the Governor’s

Energy Vision.

V. PROGRAM OPERATION

The current portfolio of programs offered by the Companies under the direction of the ECMB

provides a solid foundation on which to build upon for the future. Despite this existing structure,

a ramp-up period will be required to achieve a higher level of program operation. This ramp-up

period would allow the expansion of vendor staff that is currently available and an increase in the

number of vendors available to the program administrators. The DSM Focus resource solution

envisions a ramp-up period of approximately 3 years before the programs could move to the next

level of saving. It is expected that the programs will peak around 2014 and decline steadily out

to 2018. The decline in program activity is due to anticipated changes in codes and standards as

well as market transformation. For instance, if incandescent bulb conversions to Compact

Fluorescent Lamps (CFLS) were no longer considered as an energy efficiency measure due to a

code change, the potential DSM savings from residential programs would be significantly

reduced (although energy savings would still result). Similarly, as an energy efficiency program

matures, the high efficient equipment tends to become the baseline due to market transformation.

a. Residential DSM Programs

The key residential DSM programs designed to meet the aggressive goals are summarized below.

Some of the offerings are based on the development of certain technologies within the next few

years. For instance, light-emitting diode (LED) technology has developed rapidly in recent years

to the point where it is an emerging (yet relatively expensive) option for residential usage. There

is little doubt that LED is the lighting form of the future. However, its current use in the

residential setting is still very limited and significant further development is necessary before it

will go “mainstream” and become a significant program offering.

This LED example illustrates the technical challenges encountered when constructing a 10-year

program expansion resource solution. Given the uncertainty of future technologies and of the

regulatory and political framework that the Companies work in, the following program
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descriptions should not be considered absolute, but rather, reasonable projections of an uncertain

future based on the Companies experience and knowledge of DSM Program design. The

following program summaries are high level descriptions of the Companies’ “core” programs,

i.e. programs that result in direct energy savings. Educational programs and offerings are not

included below. By design, the Program descriptions do not provide the same level of detail that

is found in the Companies annual C&LM Plan. The Companies fully anticipate that these

programs will be refined and enhanced on an annual basis over the course of the next ten years as

new technologies and markets are developed. These updates and additional detail will be

provided in future annual C&LM plans.

Retail Products — This program mainly comprises of efficient lighting equipment, including

LED technology, and high efficiency appliances. It is anticipated that compact fluorescent lamps

(CFL5), which provide the bulk of current program savings, will become the norm a few years

out in the future, due to changes in legislation and codes/standards changes and due to market

transformation. It is expected that new technologies and initiatives will evolve such that they

will mitigate to some degree the sizeable loss in savings that will accrue when CFL savings are

no longer applicable. In addition, other initiatives such as energy efficient electronics will be

considered for this program as those technologies become available.

Home Energy Solutions (HES) — This program has three components: 1) An in-home services

program; 2) an HVAC component consisting of installation of high efficiency HVAC equipment

and HVAC quality installation including ground source heat pumps; and 3) installation of high

efficiency heat pumps (based on a pilot program) for customers with electric heat. Among the

offerings of the In-Home HES program are comprehensive auditing of air sealing, duct sealing

and direct installation of measures, early retirement of older appliances, customized energy

conservation strategies for customers (including time-of-use rates), renewable options and loan

and financing options. The three natural gas companies in Connecticut provide for the gas

measures associated with the program. The HVAC component consists of rebates for high

efficiency central air conditioning (and heat pump) systems for systems that pass performance

testing. In addition, there are ground source heat pump incentives that are based on actual tested

performance of the units. Finally, the Companies are currently conducting a pilot program
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through HES to test the feasibility of using high efficiency ductless heat pumps to help

residential customers who have electric resistance heat. The results of this pilot program (which

are expected in 2008) will likely lead to some type of high-efficiency heat pump offering.

New Homes — The goal of this program is to minimize peak load growth associated with new

residential construction. Currently, Program offerings include incentives for the installation of

high performance insulation, high efficiency equipment, energy efficient lighting, and successful

performance testing of homes e.g., blower door testing and duct blasting. The Program offers

Energy Star certification for qualifying homes and leverages the federal tax credits that are

currently available. Since residential cooling is a significant driver behind peak load growth, the

Companies will work on minimizing the impact of cooling on peak demand within the New

Homes Program. Going forward, the Program will move towards Green Building and Zero

“Peak” Energy options. By collaborating with the Connecticut Clean Energy Fund, the Program

offerings may include installations of photovoltaic systems, as well as solar thermal water heater

options. In conjunction with this program, the Companies will work with local building officials

to help increase awareness of energy issues in residential construction and to assist building

officials with the enforcement of energy related building codes.

Water Heating — This program will target all cost effective water heating solutions to residential

customers with high hot water loads and is not expected to start until 2013. It is at this point that

the Companies are estimating that the next generation of viable electric (i.e. heat pump) water

heating technologies will be fully developed and commercially available.

Low Income Program — Both UI and CL&P offer a Low Income Program to their customers

that are at or below 60% of state median income level. Both the UI Program (“UI Helps”) and

the CL&P Program (“WRAP”) are in-home services programs that offer full weatherization,

replacement of less efficient appliances, installation of water saving measures, and energy

efficient lighting upgrades. Both UI and CL&P have agreements with most of the local

Community Action Agencies in their territories and utilize those relationships to identify clients

and to “piggy-back” available services and offerings to customers.
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Direct Load Control Program — The Direct Load Control Program will target homes (and

small businesses) with central air conditioning systems. The goal of the program will be to

reduce summer peak loads by remotely cycling the compressors in central air conditioning

systems. In addition, the application of direct load control technology to other end-uses such as

water heating and pool pumps will be investigated. This program may be offered in conjunction

with the Home Energy Solutions Program and the New Homes Program to offer customer a

complete package of energy savings and peak reducing measures. In addition, program design

will compliment the future deployment of advanced metering infrastructure (AMI) meters and

time-of-use rates.
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The following tables illustrate the ramp-up of Residential DSM programs from 2009 through

2018.

Table D.1: Residential DSM Programs: 3, 5, and 10-Year Plans

Program Strategy 3 Year Plan — 2011 5 Year Plan > 2013 10 Year Plan > 2018

Retail Products • 2008 transition year • Achieve near • CFL’s no longer
. Fully in effect by complete saturation available or

2009 of CFL’s drastically reduced.
• Maximize CFL’s • Developing new • New high efficient
• Increase appliance technology appliances and LED

portfolio including high lighting main focus
efficiency of program.
appliances, LED
lighting and
electronics.

Home Energy Solutions • 2009 — first year of • Significant • CFL’s no longer
ramp-up. Begin the participation available or
development of • New technology drastically reduced.
infrastructure of implemented • New high efficient
home performance • Migration towards a appliances and
technicians market based equipment, home

program, performance, and
lighting main focus
of program

New Homes e 2009 — first year of • New technology • High penetration of
ramp-up implemented Zero “Peak”

• Coordinate with CT • Code Support Energy, Green
Clean Energy Fund • Core focus of green homes.
to offer renewable building, zero
options. “peak” energy, and

renewable features

Water Heating • 2009 — first year of • New technology • New technology
ramp-up implemented fully developed and

market transformed
Low Income • 2009 — first year of • Significant • High saturation

ramp-up Participation
• Higher efficient

equipment being
utilized

Direct Load Control • 2008 transition year • Increased • Significant
• Fully in effect by Participation and participation and

2009 integration with load reduction
AMI Meter • Fully integrated
deployment and with TOU rates
TOU rates
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b. Commercial and Industrial DSM Programs

The key commercial and industrial DSM programs designed to meet the goals of this report are

summarized below. As is the case with the Residential Programs, the C&I Program descriptions

were challenging in nature because of the long time frame involved and the large uncertainties

regarding the development of technologies and markets, the ability to ramp up programs, and the

long planning horizon.

High Performance Core Connecticut Energy Efficiency Fund (CEEF) Programs — Within

this category are the Energy Conscious Blueprint, Energy Opportunities and Small Business

Energy Advantage programs which have been expanded from current efforts.

Energy Conscious Blueprint - The Energy Conscious Blueprint program is a lost

opportunity program which assists building/facilities to achieve 30-50% energy savings

beyond the Connecticut’s building code. This program also integrates with other

initiatives such as commercial lighting, green schools, etc. Outreach, training and

educational efforts to achieve these goals also form a core part of the program.

Energy Opportunities - The goal of the Energy Opportunities program is to promote high

performance equipment, designs, systems and process retrofits that result in energy

efficiency of entire buildings. Incentives will also be provided to replace older,

inefficient equipment such as chillers, old HVAC units etc. with high performing

solutions.

Small Business Energy Advantage - The Small Business Energy Advantage program is

designed for smaller facilities (under 200 kW) with the main goal of moving from narrow

incremental retrofit efforts to comprehensive projects and measure bundles that include

demand response capabilities.

Integrated O&M Strategy — The goal of this program is to integrate operational, maintenance

and commissioning opportunities for buildings/facilities to integrate energy efficiency solutions
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into daily operations. Educational outreach and certification programs are also envisioned to be

an integral part of this program effort.

Code Support and Code Commissioning — The goal of this program~ is to provide support for

codes and standards compliance and an expanded effort to commission current and future codes

and standards through CEEF C&I programs.

Energy Efficiency Infrastructure Development and Market Transformation Initiatives - In

order to meet the aggressive demand side management goals set for Connecticut, support through

educational efforts, training and professional development have to be an integral part of the

portfolio. This is achieved through partnerships with educational institutions, trade and business

associations and other market allies. These market transformation initiatives will strengthen

strategic alliance with other utilities, government agencies and other key players to achieve broad

market changes.

Business Energy Services — The goal of this program is to provide a holistic one-stop energy

solution to businesses through integration of energy efficiency, load management, load response,

direct load control, distributed generation, renewable energy systems, CHP and other initiatives

to facilitate an effective use of CEEF and other C&I programs.

Business Energy Challenge — This program calls for businesses to make commitments to

aggressive energy efficiency and load reduction goals by participating in a strategic planning

effort that includes an executive-level assessment of business energy management practices,

energy efficient capital improvement plan, and a commitment of adequate staffing and other

resources. Participants in this program will be expected to implement all or most of the

recommended measures that are cost effective from a life cycle costing perspective. In exchange

for accepting this energy challenge businesses will receive a custom tailored package of the

entire CEEF conservation and load management offerings into one cost-effective bundle,

technical consulting services, and other support to necessary to make the transition.
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Under-Utilized/Emerging Technologies, Designs and Practices — Efforts will be made to

incorporate under-utilized and emerging technologies (such as daylighting design, ductless mini-

split heat pumps, etc.) into C&I programs as deemed fit.

Load Response Program —This program is designed to promote customer enrollment in one of

several ISO-NE-operated load response programs. CL&P and UI provide enrolling customers

with the ISO-NE-required internet-based communications system. CL&P and UI also provide

enrolling customers with a one-time set-up incentive to cover costs for data, phone, or metering

connections. The program mandates load curtailments from customers who enroll and provides

enhanced system reliability during peak system load conditions. The Price Response program

helps to mitigate high Locational Marginal Prices throughout the year. Utilizing a current

Department of Environmental Protection (“DEP”) Permit, customers may run emergency

generators to reduce load on the grid under emergency conditions. CL&P and UI provide

direction on operating emergency generators in compliance with Connecticut air quality

requirements during Demand Response events.
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The following table illustrates the ramp-up of C&I DSM programs from 2009 through 2018.

Table D.2: Commercial & Industrial DSM Programs: 3, 5, and 10-Year Plans

Program Strategy 3 Year Plan — 2011 5 Year Plan> 2013 10 Year Plan> 2018

High Performance Core • 2008 transition year • Continuously • Continuously
Programs (ECB, EO, • Fully in effect by improving strategy improving strategy
SBEA) 2009 • ECB supports next

. ECB = improved code upgrade
code_compliance

Integrated O&M • 2008 development • 3 year ramp-up, • Continuously
strategy year fully integrated into improving

• 2009 — first year of core programs • Market
ramp-up transformation

• Pilotin2009w/10
businesses

Code Support and • 2008-9 continue • Continued • Update strategy for
“Commissioning” training and participation in the next generation

education regional/national of codes and
. Participate in codes and standards standards

regional/national initiatives • Near total
initiatives • Significantly compliance

• Partial compliance Improve
compliance

Business Energy • 2008 development • 2 year ramp-up, • Continuously
Services year fully integrated into improving strategy

• 2009 — first year of core programs • Major driver of
ramp-up • Integration w/ load integrated energy

• Integration wI load management efficiency and load
management • Partial participation management

a Partial participation rate • Integration wI load
rate management

• Significant
participation rate

Business Energy • 2008 — pilot project • 3 year ramp-up • Major driver of
Challenge e 2009 — first year of • Apply also to small- market

ramp-up medium sized transformation
• 2009 = 4-6 businesses • Significant

companies • By 2011 — Several company
companies participation

Under-utilized & • 2008 transition • Continuously • Major driver of
emerging technologies, year, tech incorporating new market
practices and designs assessment technologies/etc. transformation

• Update measure • Savings factored • Savings factored
lists by 2009 into core programs into core programs

• Savings factored
into_core_programs
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c. Projected Savings in Energy Consumption and Peak Demand

The Companies provided The Brattle Group with the most recent (October 2007) data on their

DSM plans. Based on review and discussion, two DSM cases were developed, a Reference Case

(which is the basis for DSM assumptions in the other resource solutions) and the DSM — Focus

resource solution, which includes the program expansions. The following are net estimates of

direct program savings and do not include the long term market impacts that may be associated

with programs; changes in codes and standards that may be influenced by programs; or naturally

occurring conservation that would have occurred in absence of the programs.

• Reference Case: This includes all DSM programs, both EE and DR, that
were relatively certain of approval and funding

• DSM Focus Resource Solution: This extends the Reference Case DSM
programs in several directions, assuming that the state’s policy makers
would find it in the public interest to pursue additional cost-effective
DSM. It was also assumed that the DPUC would order and specify
funding sources for this expanded effort.

The Companies provided end-of-year estimates of savings from their energy efficiency and

demand response programs and the corresponding budgets for those programs and indicated that

one-third of savings were realized in the current year and two-thirds savings were realized in the

following year. In other words, one-thirds of the savings are from that year’s programs and two

thirds from the previous the year’s programs. The following tables and figures summarize the

demand and energy savings and budgets that correspond with the DSM programs discussed

above.

D-13



Table D.3: Reference Level DSM MW Savings

2007 2008 2009 2010 2011 2012 2013 2014 2015 2016 2017 2018
THEE 10 13 23 35 48 61 74 86 98 110 123 137
TJIDR 18 39 82 83 84 84 85 86 87 87 88 89
CL&PEE 36 47 83 124 165 206 246 281 308 335 362 390
CL&PDR 326 358 420 411 411 411 411 411 411 411 411 411
Total (UI ± CL&P) 389 457 608 653 707 762 816 863 904 944 985 1,026

Figure D.1: Reference Level DSM MW Savings
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Table P.4: DSM-Focus Level DSM MW Savings

2007 2008 2009 2010 2011 2012 2013 2014 2015 2016 2017 2018
U1EE 10 13 24 38 57 81 107 131 157 182 208 234
UIDR 20 42 92 103 108 113 118 118 119 120 121 122
CL&PEE 36 50 96 154 224 308 401 501 594 668 723 768
CL&PDR 346 380 447 453 476 496 506 506 506 506 506 506
Total (UI + CL&P) 410 484 658 748 865 998 1,131 1,257 1,376 1,476 1,558 1,630

Figure P.2: DSM-Focus Level DSM MW Savings
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In 2008, demand savings from the Base DSM programs constitutes about 6.1% reduction of

system peak (most of this through DR) whereas the DSM Focus resource solution constitutes

about 6.5% reduction of system peak. By 2018, demand savings from the Base DSM scenario

constitutes about 12% reduction of system peak whereas DSM Focus resource solution

constitutes about 19.1% reduction of system peak.1 DSM efforts in the Base scenario lead to

about 93% offset of load growth between 2008 and 2018. The next two tables show the energy

savings from the DSM efforts.

I Beyond 2018 savings from EE and DR programs were assumed to grow at the same rate as Connecticut system

peak.
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Table D.6: Reference Level DSM GWh Savings

2007 2008 2009 2010 2011 2012 2013 2014 2015 2016 2017 2018
UIEE 54 72 131 198 269 343 412 467 524 582 642 704
UIDR 0 0 0 0 0 0 0 0 0 0 0 0
CL&PEE 194 256 455 678 898 1,123 1,343 1,531 1,680 1,824 1,969 2,117
CL&PDR 0 0 0 0 0 0 0 0 0 0 0 0
Total (UI + CL&P) 248 329 586 876 1,167 1,466 1,754 1,998 2,204 2,406 2,612 2,821

Figure D.3: Reference Level DSM GWh Savings
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Table P.7: DSM-Focus Level DSM GWh Savings

2007 2008 2009 2010 2011 2012 2013 2014 2015 2016 2017 2018
UlTotal 54 72 133 214 321 455 596 724 854 985 1,118 1,253
CL&P Total 194 271 521 832 1,214 1,663 2,165 2,702 3,203 3,597 3,892 4,134
Total (U1+CL&P) 248 344 654 1,046 1,536 2,117 2,761 3,426 4,057 4,582 5,010 5,387

Figure P.4: PSM-Focus Level DSM GWh Savings
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The budgets corresponding to the above DSM programs are shown in the following tables.

Table D.8: Reference Level DSM Annual Budgets (Nominal $ Million)

2007 2008 2009 2010 2011 2012 2013 2014 2015 2016 2017 2018
UIEE $17 $17 $19 $21 $23 $24 $25 $25 $26 $27 $28 $29
UI DR $1 $2 $4 $4 $4 $4 $5 $5 $5 $5 $5 $5
CL&PEE $68 $68 $71 $78 $81 $82 $83 $85 $86 $87 $88 $89
CL&P DR $25 $24 $23 $23 $23 $23 $23 $23 $23 $23 $23 $23
Total(UJ+CL&P) $111 $112 $118 $128 $131 $134 $136 $138 $140 $142 $144 $146

Figure P.5: Reference Level DSM Annual Budgets (Nominal $ Million)
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Table D.9: DSM-Foeus Level DSM Annual Budgets (Nominal $ Million)

2007 2008 2009 2010 2011 2012 2013 2014 2015 2016 2017 2018
UI Total $18 $20 $26 $38 $54 $70 $81 $81 $82 $83 $84 $85
CL&P Total $94 $96 $109 $140 $182 $226 $255 $270 $256 $206 $153 $132
Total(UI+CL&P) $112 $116 $135 $177 $236 $296 $336 $352 $338 $289 $236 $216

Figure D.6: DSM-Focus Level DSM Annual Budgets (Nominal $ Million)
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The next figure shows Connecticut peak demand under different scenarios.

Figure D.7: CT Peak Demand (MW) Forecast under Different DSM Scenarios

7,400

7,000

Source: 2007-2016 CT Peak Demand (MW) data from ISO-NE spreadsheet titled “isone_2007_forecastdata.xls.”
2017-2018 CT Peak Demand (MW) data based on The Brattie Group extrapolation of hourly ISO-NE data. DSM
data for the Reference and DSM-Focus cases provided by CL&P and UI.

VI. FUTURE DEVELOPMENTS

It is anticipated that a new study on the potential savings from new DSM programs will be

carried out next year to update the estimate of potential DSM savings that was carried out in the

2004 report. The new study will be helpful in refining the Companies’ 10 year DSM estimates

and may help identify new technological developments and innovations in program and

marketing. In addition, it may identify opportunities associated with demand response programs

that were not covered in the previous effort. New technology developments have been

anticipated, but evolving technologies may create new opportunities for savings. Advances in

communication and metering technology may make program offerings possible that could not
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previously be envisioned. Finally, the new study may assess the likely impact of dynamic

pricing programs which are not included in the current plan.

Another factor to keep in mind is that increasing amounts of savings will likely be achieved at

increasing unit cost. There is ample evidence from the vast literature on DSM programs that the

“supply curve” of savings is subject to the law of diminishing returns and exhibits an upward

slope. Studies carried out in large states such as California and Florida suggest that budgets have

to be raised substantially if the DSM strategy calls for achieving all cost effective potential. In

reference cases, many analysts assume that utilities will have to provide incentives to customers

in order to buy down the payback period to two years. This usually yields market penetration

rates in the 15 to 25% range. In order to achieve the maximum achievable potential, which may

range from 50 to 65% of the economic potential, the utility or other agency administering the

DSM program has to cover one hundred percent of the customer’s incremental cost. Even then,

many customers would still not bother to sign up. The only way to achieve the entire economic

potential is through more stringent codes and standards.

However, more stringent codes and standards will reduce the potential savings that can be

achieved through utility DSM programs. In California, about half of the efficiency gain during

the past three decades has come from the state’s Title 20 and 24 standards for appliances and

buildings respectively. As one looks at the future, the same is likely to be true. In addition, due

to new legislation and changes in codes and standards in several states (and other nations such as

Australia and the United Kingdom), no incandescent bulbs will be sold. This would eliminate

savings from any utility programs that are directed at replacing incandescent bulbs with CFLs.

While LEDs can be brought into the picture, to take the place of CFLs, on an absolute basis, the

savings per bulb change out will be a lot lower.

VII. SOME KEY CONSIDERATIONS OF THE DSM SOLUTION INCLUT~E:

Continued Funding of Reference Case DSM

Continued and consistent funding of DSM is crucial to Connecticut’s ability to

achieve the levels of capacity savings estimated in this IRP. An interruption or

curtailment in funding can have negative impacts on the infrastructure
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(contractors, vendors, engineers, etc) needed to support the design,

implementation and administration of DSM activities as well as have a negative

impact on customer acceptance of DSM programs and initiatives.

• This IRP is not a C&LM planning document
This document is not a C&LM planning document nor does it replace the rigor

involved with planning and evaluating cost-effective measures and programs.

Instead, the IRP document utilizes the approved programs and measures created

during this planning process to develop the potential capacity resulting from

Reference Case and increased levels of DSM activity.

• The IRP is not a DSM potential study
The IRP utilizes the potential for DSM from the most recent achievable potential

study and overlays the programs and measures that were developed during the

C&LM planning process to obtain the quantity of DSM capacity estimated in this

report. The achievable potential study is a study that is required to be updated by

the ECMB in PA 07-242. The capacity estimate in future IRPs from DSM will be

updated based upon new information from the updated potential study.

• DSM ramp up is unprecedented
The IRP estimates a tripling of DSM activity in five years. The amount of

achievable DSM is expected to be constrained by the physical resources necessary

to design, install, and administer programs and initiatives. An increase in DSM

activity will require changes in program design, additional engineer time for

design of energy efficiency projects, additional contractor labor to construct and

install projects, vendor support to supply the necessary energy efficient

equipment, as well as skilled resources to administer and evaluate project

installation and program performance.
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APPENDIX E: RENEWABLE ENERGY

Renewable electric generation is a key aspect of utility resource planning in New England.

Connecticut and other New England states have been in the forefront of a movement to require a

certain percentage of renewable energy in the generation supply mix. However, the rapidly

increasing renewable energy requirements in New England may exceed the near-term potential

of renewable energy developers to produce the required amounts in the coming years. This has

some important implications for resource costs and customer rates. Because of the importance of

state, regional and federal policies in encouraging renewable energy development, this appendix

begins with policy issues, then concludes with a discussion of availability and cost of renewable

energy in Connecticut.

I. CONNECTICUT RENEWABLE PORTFOLIO STANDARD

Connecticut, like other New England states, has a renewable resource requirement that applies to

load-serving entities. Under the Connecticut Renewable Portfolio Standard (RPS), a certain

percentage of electricity sold at the retail level must come from renewable or otherwise eligible

resources. The Connecticut RPS segments eligible resources into three classes:

Class I: Wind, Solar Thermal, Photovoltaic, Wave, Tidal, Ocean Thermal,
Landfill Gas, Low-emission Sustainable Biomass, Fuel Cells and certain
Small (<5 MW) Hydroelectric

• Class II: Other Biomass, Small Hydroelectric, Municipal Solid Waste
(MSW)

• Class III: Energy Efficiency Measures (instituted after January 1, 2006)
and Combined Heat and Power (CHP)

The required percentage of retail load that must be served by each resource class escalates as

follows:
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Table E.1: Percentage Requirements under the Connecticut Renewable Portfolio Standard

Year Class I Class II Class III

2007 3.5% 3.0% 1.0%
2008 5.0% 3.0% 2.0%
2009 6.0% 3.0% 3.0%
2010 7.0% 3.0% 4.0%
2011 8.0% 3.0% 4.0%
2012 9.0% 3.0% 4.0%
2013 10.0% 3.0% 4.0%
2014 11.0% 3.0% 4.0%
2015 12.5% 3.0% 4.0%
2016 14.0% 3.0% 4.0%
2017 15.5% 3.0% 4.0%
2018 17.0% 3.0% 4.0%
2019 19.5% 3.0% 4.0%
2020 20.0% 3.0% 4.0%

There are three basic ways that utilities can comply with the RPS requirement:

• A utility can purchase generation from eligible sources in Connecticut or
in ISO-NE for physical delivery to Connecticut customers, bundled with
the Renewable Energy Certificates (RECs) that the source generates
(bundled compliance).

• A utility can purchase RECs from generators that can physically deliver
eligible renewable electric power into ISO-NE, but who sell the renewable
attribute separately from the energy produced (REC compliance).

• Utilities can “buy-through” the RPS compliance obligation by making a
payment to the State (sometimes called an Alternative Compliance
Payment or ACP) that is set at a constant $55/MWh. The funds are
deposited in the Renewable Energy Investment Fund and used by the
Connecticut Clean Energy Fund to promote Class I renewable energy
projects in Connecticut.

II. PROJECT 100

In order to stimulate the development of Class I renewable resources (especially fuel cells

manufactured in Connecticut), the Legislature has required that the Companies enter into long

term contracts with renewable developers for a total of 150 MW of Class I generating capacity.

This initiative was initially called “Project 100” as it required 100 MW of Class I resources

under contract by 2008. PA 07-242 expanded this requirement to 150 MW under contract by
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2010. The DPUC approved a 15 MW biomass facility in the Project 100 Round I solicitation in

2006. The facility was originally due to begin operations on December 31, 2007; however, the

operation date has been pushed back to May 2010 by the project developer. On December 21,

2007, the DPUC announced a Draft Decision in the Round 2 solicitation, conditionally

approving 7 projects totaling about 109 MW (giving a total approved capacity of about 124 MW)

and ordered the commencement of a Round 3 solicitation to obtain the remainder of the 150 MW

requirement.’

Under these contracts, the Companies would retain the Class I RECs associated with the eligible

generation, except in the case of fuel cells where the developer can keep 50% to 100% of the

RECs. Thus, the contract prices will reflect the presumed avoided costs of acquiring RECs.

However, none of the Round 2 approved projects are currently competitive even with REC

prices at $25/MWh, although several biomass facilities may be roughly competitive if one

assumes REC prices at $50/MWh, according to the analyses submitted to the DPUC. The three

fuel cell projects approved (total of 16 MW), on the other hand, were not remotely competitive

even with REC prices of $50/MWh.

The Round 2 solicitation suggests several observations regarding the prospects for renewable

energy development in Connecticut. First of all, the lack of competitive projects with REC

prices below $50/MWh — even with the prospects of guaranteed long-term contracts — means that

the growing Connecticut RPS requirements will likely be met with (1) high REC prices for in

state renewable development; (2) significant volumes of RECs from elsewhere in New England

(assuming they are available); (3) substantial reliance on alternative compliance payments, or a

combination of all of these.2 Second, recalling the project delay from the Round 1 project, some

of the Round 2 projects may not be operational within the proposed timeframe, even with a long-

term contract in place. Renewable project attrition is high — experience from other procurements

suggests that 20% - 50% of projects are delayed or abandoned at some stage, for a variety of

Docket No. 07-04-27 DPUC Review of Long-Term Renewable Contracts — Round 2 Results, December 21,
2007.

2 CL&P paid over $3 million in alternative compliance payments in 2006, according to a filed report (DPUC

Docket 07-09-14, October 15 (corrected) letter). The corresponding figure for UI remains confidential
under their supplier agreement.
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reasons. Even if all of the Round 2 projects were built by the end of 2009 (under their proposed

schedules) they would supply roughly an additional 925 GWh of Class I renewables to satisfy

the 2010 RPS requirement (assuming an 85% capacity factor for all projects). However, the

Class I RPS requirement by 2010 is 7.0% of Connecticut electricity sales, or double the 3.5%

requirement for 2007. The 2010 requirement for Class I renewables will likely approach 2,500

GWh, and so the combined output from the entire slate of Round 2 project (if operating) would

not meet the incremental Class I requirement (above the 2007 level) of about 1,300 GWh.

Therefore, unless additional Class I renewables emerge by 2010, the REC price for Class I

renewables in Connecticut will remain high — at or near the $55/MWh alternative compliance

payment level — and at least part of the requirement would be met by alternative compliance

payments rather than renewable generation.

The Project 100 experience also suggests that there are limits to which long-term contracts can

help reduce REC prices, at least in Connecticut. In general, long-term contracts with renewable

developers can reduce the cost of acquiring RECs. A long-term contract for RECs at a specific

price can hedge renewable developers against a potential drop in the REC spot price in the event

that sui~p1us renewable generation emerges. This hedge can enable renewable developers to

obtain project financing.3 When a renewable developer can profitably build and operate a

project while receiving guaranteed REC payments, utilities can sometimes negotiate a long-run

REC price that is well below the ACP. Although such an arrangement would represent a savings

for utilities compared with paying higher spot REC prices or making alternative compliance

payments, should REC prices actually drop below long-term contract prices, utilities would hold

out-of-market REC contracts that could prove expensive for customers and risky for utilities.

III. RPS AND RENEWABLE DEVELOPMENT IN NEW ENGLAND

The Connecticut RPS (primarily Class I) is very similar to other RPS requirements in New

England in terms of required percentages as well as the flexibility to obtain RECs throughout the

New England market. Therefore, the New England States are usefully analyzed as a single RPS

~ Developers still incur operational risks that REC production will not meet contract levels. If that happens,

future net revenues fall from fewer REC sales and from covering contractual amounts with market
purchases of RECs or liquidated damages.
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compliance market. However, there are two aspects of the Connecticut RPS that will affect how

the Companies might be able to comply with the requirement over the long run. First, as

discussed later, Connecticut has significantly lower Class I renewable resource potential

(especially wind) than other New England states, meaning that long-run compliance with the

Connecticut RPS could depend substantially on RECs from elsewhere in New England. Second,

the ACP is not indexed to inflation as it is in Maine, Massachusetts, New Hampshire and Rhode

Island. In those states, the ACP levels were established at $50/MWh in 2003 and escalated at the

Consumer Price Index (CPI); they reached $57.12/MWh in 2007.

Because of the likely dependence on RECs generated elsewhere in ISO-NE, the economic impact

of RPS in Connecticut is heavily influenced by the growth of renewable electric generation in

other New England states relative to the escalating RPS requirements across the region. Recent

experience in New England suggest a potentially protracted period of high REC prices (close to

ACP levels), as actual renewable development lags the rapidly escalating regional RPS

requirements. Construction costs for renewable generation have increased significantly in the

past several years and in some cases renewable resource development has encountered local

resistance. As a consequence, renewable developers have commanded REC price premiums that

are close to ACP in other New England states.

Although it is beyond the scope of this study to estimate the future renewable energy

development in New England, the ISO-NE 2007 Regional System Plan (RSP) examines the

escalating regional RPS requirements through 2016 and compares them to the eligible resources

in the ISO-NE Generator Interconnection Queue (a list of proposed projects that have requested

an interconnection study from ISO-NE). This comparison revealed that if ~ of the projects in

the Interconnection Queue were built, the additional renewable generation (8,866 GWh) would

exceed the incremental requirements from RPS in New England between 2006 and 2012 (5,881

GWh) by a comfortable margin. In fact, the majority of these projects may never come to

fruition. For example, about 63% of the new renewable generation in the Interconnection Queue

comes from on-shore and off-shore wind projects, many of which have experienced significant

resistance from local communities. According to ISO-NE:
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In the past, the region has experienced the withdrawal of a significant portion of
projects in the queue before the projects were built. The project attrition has been
due to project cost escalation, financing, siting, permitting problems, or a
combination of these issues.4

If half of the eligible generation from the ISO-NE Interconnection Queue were available by 2012,

then there would remain a significant shortfall in new renewable generation to satisfy growing

RPS demands. This possibility does not reflect a stagnant outlook for renewable development in

New England renewable power is a vibrant industry that certainly will grow. However, the

p~ç~ of renewable development relative to the ambitious, rapidly escalating regional RPS

requirements will determine REC prices in the near and mid-term. There is growing concern in

the region that currently high REC prices (near ACP levels) may persist for some time. While

high REC prices will help stimulate renewable project interest from developers, other constraints

on renewable development such as siting and permitting could retard the pace of development to

keep REC prices very near ACP levels.

For this study’s purpose, however, the most important aspect of the Connecticut RPS is the

constant ACP price that is not adjusted for inflation over time. As inflation-adjusted ACP prices

rise in other New England states, then Connecticut utilities may have very limited access to

scarce RECs, since they will naturally flow toward those states where the ACP price is higher.

Under these conditions, even renewable generators that might chose to locate in Connecticut

might elect to sell RECs to utilities in other states with higher ACP levels. Thus, there is a very

real prospect that Connecticut utilities will eventually comply with the Class I RPS primarily or

nearly exclusively through the $55/MWh alternative compliance payments. While the $55/MWh

price level in Connecticut will serve to limit the impact of higher regional REC prices for

Connecticut retail customers, it also could eliminate access to RECs produced elsewhere in New

England if regional REC prices exceed this level.

~ 2007 Regional System Plan, ISO-NE, p. 71. Projects often enter the Interconnection Queue in early stages of

development; a position in the queue is more an expression of development interest than actual viability.
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IV. DAYZER ANALYSIS ASSUMPTIONS

In this study, we assume no significant contribution of Class I resources to meet the Connecticut

RPS from .resources physically located in CT beyond the Project 100 capacity, where we assume

the full 150 MW of development.5 This is probably an overstatement, since even legislatively

mandated contracts do not guarantee eventual project development. However, we assume that

the price paid by the Companies for Class I RPS compliance through RECs, contract premiums

with Project 100 developers, or through alternative compliance payments are ~ll at the $55/MWh

level in nominal terms, reflecting the market outlook described above. This translates into a cost

burden on Connecticut customers of about $200 million in 2011, $230 million in 2013 and

between $300 and $320 million in the 2018 Current Trends Scenario (in 2008 dollars).

Table E.2: Cost of Compliance with RPS Assuming $55/MWh Nominal REC or ACP

2011 2013 2018

Current Trends Scenario
Conventional 202 231 324
DSM-Focus 200 224 299
Nuclear 202 231 324
Coal 202 231 324

Strict Climate Scenario
Conventional 199 227 315
DSM-Focus 197 220 291

• Nuclear 199 227 315
Coal 199 227 315

High Fuel/Growth Scenario
Conventional 199 229 326
DSM-Focus 197 225 311
Nuclear 199 229 326
Coal 199 229 326

Low Stress Scenario
Conventional 215 250 366
DSM-Focus 213 243 342
Nuclear 215 250 366
Coal 215 250 366

We do track the energy from refuse-fired facilities (Class II), and the demand-side management (DSM)
programs included in all resource solutions are estimated to satisf~,’ the Class III requirements.
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V. REMOTE RENEWABLES AND ENABLING TRANSMISSION

Explicitly analyzing renewable energy potential or projections of renewable energy development

in New England is beyond the scope of this analysis. However, there is growing interest in the

prospects for building substantial windpower capacity in northern New England (e.g., Maine and

New Brunswick) along with transmission that might enable energy delivery into the rest of ISO-

NE in order to satisfy growing renewable energy demands. Because this resource strategy must

be pursued on a regional basis, it is not one that the Companies can pursue as an independent

procurement strategy. However, some of the illustrative tradeoffs can be shown with a simple

model that estimates the value of windpower revenues (including RECs) in excess of

construction and operating costs, and compares that net revenue to the potential costs of building

transmission. This helps highlight some of the basic economic considerations that would be

encountered in examining the prospects for combined windpower and transmission development

in northern New England. The screening analysis assumes:

• A 1,000 MW wind project in northern New England
• An overnight cost of for wind capacity of $2000/kW, a real capital charge

rate of 11.36%, and fixed O&M of $30.5/kW-year.
• Energy revenues are derived using DAYZER prices adjusted for seasonal

and daily windpower capacity factors, under an assumed annual capacity
factor of 32%.

• The value of renewable energy credits is assumed to be $55IMWh (in
2008 dollars), which is slightly below the ACP in other New England
states of approximately $59/MWh.

• Federal production tax credits are assumed to remain at the current rate of
$20/MWh (in real terms) for the first ten years of operation.

• Each MW of windpower would offset only 0.2 MW of other capacity,
consistent with ISO-NE rules, and the capacity price value is derived from
the Current Trends scenario with the Conventional resource solution.

Table E.3 shows the annual revenues and costs of windpower on a $/kW basis, and the annual

surplus of revenues over costs. Assuming 1,000 MW of wind capacity, the annual surplus could

support the annual capital requirements of $952 million worth of transmission construction. If

transmission costs $3 million per mile, then the annual surplus of wind revenues over costs could

support 317 miles of needed transmission.
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Table E.3: Windpower Net Revenues and Transmission Costs

REVENUE (2008$/kW-year)

Energy Revenue 183.2
Production Tax Credit 20.0
Renewable Energy Credits 153.5
Capacity Revenue 9.1

Total Revenue 365.8

COST (2008$/kW-year)

Capital Cost 227.2
Fixed O&M Cost 30.5

Total Cost 257.7

NET FUNDS - Available for Transmission

Maximum Transmission Costs (2008$/kW/yr) 108.09
Maximum Transmission Costs (millions of 2008$) 952
Miles of Transmission @ $3 millionlmile 317

This stylized example illustrates the potential relationship between the value of windpower and

the cost of building transmission to deliver the energy to the rest of ISO-NE. Note that under the

assumptions outlined above, the REC revenues are over 40% of the total. Of course, not all of

the surplus revenue would necessarily be available for transmission construction, and 300 miles

of transmission may or may not suffice to deliver energy from 1,000 MW of wind capacity to the

rest of New England.

Although only a rough approximation of the magnitude of costs involved, the assumptions can

be altered in the example above to examine how the outcomes might vary as a result. Table E.4

shows how much transmission could be built from windpower surplus revenues under alternative

assumptions. Different wind capacity factors, capital costs, and REC prices all can impact the

surplus available for transmission investment, which varies from $460 million to $1,452 million

corresponding to 150 miles to nearly 500 miles of transmission under an assumed $3 million

per mile cost. This illustrates some of the risks of combined windpower/transmission resource

development. As expected, the performance of the wind generation (measured by capacity

factor) affects revenues significantly, and the construction costs have a significant impact on the

overall project economics. But the REC price received by the wind developers also has a strong

effect on the project economics — and that poses unique risks insofar that the amount of
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generation (and RECs) available from the project itself could affect REC prices throughout the

region. At a 32% capacity factor, a 1,000 MW wind project will generate about 2,800 GWh per

year. If that were enough to turn a regional REC deficit into a surplus, then REC prices could

fall — imperiling the overall project economics.

Table E.4: Transmission Investment from Windpower Net Revenues Under Alternative
Assumptions

Total Cost of New Miles of Transmission
Variable Value Transmission Feasible

(in millions; $2008) (miles)

Base No Change 952 317
Annual Capacity Factor 30% 769 256
Annual Capacity Factor 35% 1261 420
Overnight Cost $ 17501kW 1202 401
Overnight Cost $ 1500/kW 1452 484
Renewable Energy Credit $45.00 706 235
Renewable Energy Credit $35.00 460 153

Because a large project combining wind and transmission would face significant risks, a regional

approach to renewable resource development may become necessary to realize the aggregate

goals of New England RPS targets. The economics of such investments may prove attractive

enough to pursue, although much more study will be required to outline the risks, equitably

allocate costs and benefits, and identify specific transmission projects and wind resources. For

example, there are other potential benefits that could help justify transmission expansion in

northern New England, such as reliability, access to unused summer peaking capacity in

Southeastern Canada, enhanced market competitiveness, and economic development. Evaluating

such benefits is outside of the scope of this study but should be addressed in detail as specific

projects are considered.

VI. AVAILABILITY AND COST OF RENEWABLE ELECTRIC GENERATION IN

CONNECTICUT

Although a thorough examination of renewable energy potential in New England is beyond the

scope of this report, we consider — on a high level — the costs and availability of several Class I

and Class II renewable resources in Connecticut. Primary renewable technologies, for which we
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calculate a levelized cost of electricity, include wind, solar photovoltaic, biomass, landfill

methane gas, and fuel cells. Other renewable resources are screened out based on the

unavailability of resources — unexploited or entirely absent — in Connecticut, or on the basis of

the technological immaturity. Theses technologies include geothermal, solar thermal,

hydropower, wave, and tidal.

1. Primary Renewables in Connecticut

Wind, solar photovoltaic, biomass, landfill methane, and fuel cells (although commercial fuel

cells operate on natural gas) qualif~,’ as a Class I resource in the Connecticut RPS; as such, we

characterize and estimate the levelized cost of electricity from these renewable technologies.

The cost and performance characteristics of these technologies are based on the review of several

sources, including the ISO-NE’s 2007 “Scenario Analysis” and the EIA’s “Annual Energy

Outlook 2007”. Table E.5 illustrates the renewable technology generation characteristics, based

on current technology, assumed in this analysis. Overnight costs reflect unit siting in New

England.

Table E.5: Renewable Technology Generation Characteristics (Current Technology).

Solar Landfill

Parameter Units Wind Photovoltaic Biomass Methane Gas Fuel Cell

Overnight Cost (2008$/kW) 2,000 5,237 3,142 2,356 3,927
Fixed O&M (2008$!kWyr) 30.5 11.9 54.1 115.9 5.7
Variable O&M (2008$IMWh) 0.0 0.0 3.2 0.0 48.6
Economic Life (Years) 20 20 20 20 20
Capital Charge Rate (%) 11.4% 11.3% 12.1% 11.6% 11.6%
Fuel Type (type) Renew Renew Woodchips Renew Gas
Heat Rate (Btu/kWh) 0 0 14,000 10,500 8,000
CO2 Emissions (tons/MWh) 0.00 0.00 1.08 0.00 0.44
Assumed Capacity Factor (%) 30% 16% 85% 85% 90%

Notes: Emissions are in metric tonnes.

Construction costs are higher in New England relative to other regions of the US. The

Department of Energy’s “Annual Report on Wind Power Installation, Cost, and Performance
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Trends: 2006” illustrates this cost differential. Specifically, Figure E.1 below, from the DOE

report, illustrates higher wind project costs in New England.6

Figure E.1: Regional Installed Wind Project Costs
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Fuel costs and emissions allowances are relevant to fuel cells and biomass in our analysis. Fuel

cells are assumed to operate on natural gas, while biomass is assumed to combust woodchips.

Natural gas costs and emissions costs used in the renewable technology analysis are based on

levelized equivalents to the fuel and emission cost trajectories (from 2008 through 2030) from

the Current Trends scenario. The cost of woodchips is derived from the ISO-NE’s Scenario

Analysis. Although landfill methane gas operates on methane, we assume it to have zero fuel

costs, given that methane gas is freely available as a waste byproduct from landfills.

Additionally, landfill methane gas is assumed to be carbon neutral, as its emissions do not add to

what is all ready emitted by landfills.

All-in costs for Connecticut are evaluated at 30% capacity factor for wind, 16% for solar

photovoltaic, 85% for biomass and landfill methane, and 90% for fuel cells. Capacity factors for

wind and solar photovoltaic depend on regional environmental conditions. The capacity factors

6 See Figure 20, P. 16 in the “Annual Report on Wind Power Installation, Cost, and Performance Trends:

2006” US Department of Energy, 2007.
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assumed for wind and solar photovoltaic in our analysis reflect environmental conditions in

Connecticut.

Figure E.2 below illustrates the results of the all-in cost analysis for renewable technologies.

Federal production tax credits for eligible technologies are reflected in the capital costs in this

graph, although they actually are related to generation (production) levels. Table E.6 shows the

effect of the Production Tax Credit (PTC) on renewable generation costs.

Figure E.2: Levelized Electricity Cost for Renewable Technologies
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Table E.6: Levelized Electricity Cost for Renewable Technologies Including PTC

Connecticut LCOE After
Renewable Resource RPS Class LCOE PTC PTC

(Class) (2008$/MWh) (2008$/MWh) (2008$/MWh)

Wind 1 100.2 6.8 93.4
Solar Photovoltaic 1 449.3 6.8 442.4
Biomass 1 125.0 3.4 121.6
Landfill Methane Gas 1 55.4 3.4 52.0
Fuel Cell 1 178.4 0.0 178.4

Under these cost assumptions, wind, landfill methane, and biomass appear roughly cost

competitive against current market prices assuming REC prices of $50/Mwh. However, the

availability of these resources in Connecticut will limit their potential contribution to RPS

compliance.

Wind resource potential is limited in Connecticut, and is concentrated in the northwest portion of

the State. A 2007 study by Levitan & Associates Incorporated cited one estimate of the potential

for onshore wind generation in Connecticut at only 43 MW.7 The best wind resources in New

England are offshore and further north, especially Maine. However, offshore wind projects are

extremely controversial and much more expensive, and generally not considered viable over the

next decade. Landfill Methane Gas potential is less than 20 MW; most sites have been

exploited; other landfills are not highly-feasible candidates. This is confirmed in the EPA’s

Landfill Methane Outreach Program (LMOP) database.8

ii. Other Renewable Technologies

Geothermal
Geothermal electric generation is not eligible for contributing to the Connecticut RPS, although

it is eligible in Maine, Rhode Island and New Hampshire (Class I). On this basis alone,

geothermal is not a relevant candidate for cost considerations. Furthermore, New England does

not feature conventional geothermal resource suitable for hydrothermal generation based on

~ See “Technical Assessment of Onshore and Offshore Wind Generation Potential in New England” prepared

by Levitan & Associates (May 1, 2007) Table 8.
8 See “Landfill Gas Energy Projects and Candidate Landfills” map from the Environmental Protection Agency

at:
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current technology, nor does it offer potential for economical implementation of enhanced

hydrothermal generation systems such as “hot dry rock” water injection and heat recovery.9

A recent study estimated costs for enhanced geothermal system generation at a site in New

Hampshire. Using current technology, the study finds costs ranging from $340 to $680 per

MWh; clearly, this technology is uneconomic compared to alternatives. However, the study

finds that under advanced technology scenarios, costs may fall to a range of $83 to $92 per MWh.

Nevertheless, such technology developments will take decades to achieve)0

Wave, Tidal, and Ocean Thermal
Technologies utilizing Wave, Tidal, and Ocean Thermal resources are in relatively early stages

of research and development, and are not yet widely commercial in the US. Furthermore, ocean

resources near Connecticut offer little in the way of electric generation potential based on current

technology.11 In California, where generation potential from ocean resources is much more

abundant, costs are still extremely prohibitive.’2 Analogously, ocean energy, based on current

technology, is not considered economical in Connecticut.

Solar Thermal
Solar thermal electricity generation is only feasible in selected areas of the U.S. southwest,

where solar insolation rates can reach 6.0 kW-hr/m2/day or higher. In comparison, NE

insolation rates typically fall below 4.0 kW-hr/m2/day.’3

~ See Table A.2.1 of Chapter 2—Appendix A. “The Future of Geothermal Energy: Impact of Enhanced

Geothermal Systems (EGS) on the United States in the 21st Century” by Massachusetts Institute of
Technology. 2006.

tO See Table 1.3, p.1 -29. “The Future of Geothermal Energy: Impact of Enhanced Geothermal Systems (EGS)

on the United States in the 21st Century” by Massachusetts Institute of Technology. 2006.
~ An EPRI study on tidal resources available near Massachusetts suggests that other regions of the US and

Canada offer significantly better tidal resources. See “North America Tidal In-Stream Energy Conversion
Technology Feasibility Study”; EPRI TP-008-NA by Electric Power Research Institute. June 11, 2006.

12 The levelized cost of electricity for a 750 MW wave resource plant owned by an independent utility is

approximately $846.60 per MWh in nominal dollars; see Table 4 in “Comparative Costs of California
Central Station Electricity Generation Technologies”; CEC-200-2007 011-SD; by the California Energy
Commission. June 2007.

13 See Figure 13.5 in “Power Technologies Data Book, ~ Ed” by National Renewable Energy Laboratories.

August 2006.

E- 15



Hydropower
Most sites with feasible generation capacity in Connecticut are developed. Other potential sites

either are not economically feasible, or the costs are not known until development interest

emerges.
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APPENDIX F: CO2 REDUCTION POLICIES

Emerging concerns regarding climate change have focused on the electric power sector in the

U.S. In New England, a regional program to address CO2 emissions from power plants, the

Regional Greenhouse Gas Initiative (RGGI) will take effect in 2009, The U.S. Congress is

actively debating proposals to restrict CO2 emissions from all sectors of the economy. While it

is not possible to accurately predict the level and economic impacts of eventual national CO2

policy, it is important to consider the prospects of such policies in utility resource planning

analysis.

I. REGIONAL GREENHOUSE GAS INITIATIVE (RGGI)

The Regional Greenhouse Gas Initiative (RGGI) is a market-based program designed to reduce

CO2 emissions in the Northeast and Mid-Atlantic states. The program targets fossil fuel-fired

electricity generating units with a capacity of at least 25 MW, and it implements a regional CO2

emissions cap and allowance trading program.’ RGGI is the first regional greenhouse gas

emissions reduction program and the first mandatory greenhouse gas allowance trading system in

the U.S.

RGGI was first proposed in April 2003 and will begin implementation on January 1, 2009. Ten

states, including Connecticut, Delaware, Maine, Maryland, Massachusetts, New Hampshire,

New Jersey, New York, Rhode Island, and Vermont, have agreed to participate in the program.

RGGI set the regional base for the annual CO2 emissions budget for the ten states at 188,076,983

tons, and apportions CO2 emission allowance budgets to each state. The state budgets remain

unchanged between 2009 and 2014. Beginning in 2015, each budget declines by 2.5% of the

original budget per year so that each state’s budget in 2018 is 10% below its initial budget.

Table F.1 below shows the RGGI emission budgets for ISO-NE states in 2011, 2013 and 2018.

There is no definitive list of RGGI affected units, as the original state budgets were based on a preliminary
list, and the criteria for plant selection remains somewhat ambiguous because it uses original “nameplate”
capacity ratings which can be different from more recent capacity measures, and applies to units that use
more than 50% fossil fuel, which may vary over time.
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Table F.1: RGGI State Emissions Budgets by Year (CO2 Emissions in Short Tons)

2011 2013 2018

CT 10,695,036 10,695,036 9,625,532
ME 5,948,902 5,948,902 5,354,012
MA 26,660,204 26,660,204 23,994,184
NH 8,620,460 8,620,460 7,758,414
RI 2,659,239 2,659,239 2,393,315
VT 1,225,830 1,225,830 1,103,247

New England Total 55,809,671 55,809,671 50,228,704

Since RGGI is a 10-state regional cap, compliance is not mandatory for any given source or even

at the statewide level, provided that sufficient allowances can be obtained from other sources in

states with emissions below their allocated budget. It is possible that aggregate CO2 emission

from affected units in the 10-state region will be slightly below the 188 million ton budget level

in 2009. Analysis of the six New England states suggests that as a sub-region in RGGI, New

England initially will be in surplus because emissions will be below the combined budgets of the

New England states.2

Because states have not allocated or auctioned any allowances, the price for RGGI allowances is

not known at this time. Even if the entire RGGI region (or just the New England portion) were

in an initial surplus, however, one would expect that positive prices would emerge from initial

auctions because the allowances are tradable across the RGGI region and bankable for future use.

Unfortunately, past analyses that have estimatcd RGGJ allowance prices were conducted during

a time when states were still joining (or planning to join) the RGGI program. For example, the

most recent estimate from RGGI was for the 7-state region (e.g., before MA, RI and MD

officially joined) and examined a 121 million ton budget.3 The most recent analysis of which we

are aware was commissioned by the State of Maryland, which looked at joining the 7-state

region but did not examine the 10-state region because it was conducted prior to Massachusetts

2 Evaluation of Impact of regional Greenhouse Gas Initiative CO2 Capon the New England Power System,

ISO-NE, October 26, 2006.
~ See “RGGI Preliminary Electricity Sector Modeling Results: Phase III ROGI Reference and Package

Scenario” ICF Consulting, August 17, 2006.
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and Rhode Island formally joining the program.4 The NE-ISO study of October 2006 considered

the prospects of Massachusetts and Rhode Island joining the other New England RGGI states,

but did not estimate allowance prices because it instead examined the impacts of a range of

assumed allowance prices on the region’s emissions and energy prices. Lacking a definitive

study, we derived our assumed RGGI allowance prices from the Maryland study, because this

study was the most recent, and thus incorporated more recent fuel prices in its estimates. These

prices were $4.85 per ton of CO2 in 2011 and $5.69 per ton of CO2 in 2013 (converted to 2008

dollars).5 By 2018, we assume that RGGI program is supplanted by a federal program with

higher allowance prices than expected under RGGI, except for in the Strict Climate Scenario,

where the Federal program becomes effective by 2013.

In this study, we have modeled compliance with RGGI from a financial perspective, e.g., the

dollar value of allowances that are implied by each covered source’s CO2 emissions. That is, we

allocate a CO2 price to each affected fossil-fuel generation unit in proportion to its CO2

emissions, and that becomes part of the variable cost of dispatch. This is a correct way of

modeling costs even when allowances are allocated freely (although there will be differences

between cost-of-service ratemaking and unregulated generators’ rate impacts). In the case of

Connecticut, however, the state has announced its intention to auction off 100% of the RGGI

budget allowances, which would clearly make CO2 both an expense from the standpoint of an

unregulated generator as well as a cost from the standpoint of a cost-of-service price.

II. FEDERAL CLIMATE POLICY

This study assumes that a market-based national climate policy will emerge early in the next

decade, which will be more stringent than the RGGI targets and which will result in a CO2

allowance price that is higher than prices assumed under RGGI.

‘~ See Economic and Energy Impacts from Maryland’s Potential Participation in the Regional Greenhouse Gas

Initiative, A Study Commissioned by the Maryland State Department of the Environment, January 2007.
~ These were derived from interpolating the figures in Table 9.10 under the “Maryland Joins RGGI” column

for 2010 and 2015, and converting from $2004 to $2008.
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While the emergence of a federal CO2 policy is plausible, and even probable in the timeframe we

consider, it is too early in the debate to make accurate predictions regarding the level and timing

of the emission reductions, the presence or absence of cost-containment mechanisms such as

allowance price caps (“Safety Valve Price”) or international offsets, and therefore the resultant

CO2 prices. Nevertheless, we assume that a market-based allowance program will be in place by

the middle of the next decade in all scenarios, except for the Strict Climate scenario where the

federal program will be in effect by 2013.

One of the primary debates regarding policy is the issue of whether a “safety valve” price should

be included. A safety valve is a cap on the price of CO2 emissions: at this price, the government

will issue additional CO2 allowances and thereby permit emissions to exceed the overall target.

Absent a safety valve, allowance prices are both uncertain (it is not possible to estimate the

initial levels easily) and potentially volatile (they will be prone to frequent changes as fuel prices

and other costs change over time). A safety valve set at a high level (i.e., much higher than the

expected price) may only rarely come into play, while a safety valve set at a relatively low level

(i.e., closer to the “expected price”) will probably determine the CO2 allowance price most or all

of the time.

Although we are not predicting whether or not an actual safety valve price will be utilized, we

used the “safety valve” prices contained in recent legislation to guide our CO2 allowance price

assumptions in the Current Trends scenario. In the Current Trends scenario, we assume that the

CO2 allowance price will follow the safety valve price featured in the Bingaman-Specter Low

Carbon Economy Act of 2007. In the Bingaman-Specter bill, the safety valve price begins at

$12/ton of CO2 (in 2012$) and grows at 5% in real terms. This yields approximately $13/ton in

2018 and $24/ton in 2030 (all in 2008$). We assume that this allowance price path does not

begin until after 2013, however, so that it only affects the 2018 and 2030 analysis years (RGGI

prices are assumed for the 2011 and 2013 in the Current Trends scenario). This is also the

assumption in the Lower Stress scenario.

In the Strict Climate scenario, we assume that (1) federal climate policy begins earlier, and thus

is in effect by 2013, and (2) that the level of emission reductions sought are much more
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aggressive than the levels determined by the safety valve price contained in the Bingaman

Specter proposal.6 For the Strict Climate scenario, we assumed implementation of a climate

policy similar to S.280, the Climate Stewardship and Innovation Act of 2007, introduced into the

I io~ Congress by Senator Leiberman on January 12, 2007. S.280 contains a set of economy-

wide CO2 emission targets, which return to 2004 levels by 2012, fall to their 1990 levels by 2020,

and in the long run (e.g., 2050) are 60% below the 1990 levels. Up to 30% of emission

reductions can arise from international offsets from CO2 emission reductions pursued abroad,

and the proportion of domestic CO2 allowances that are auctioned (rather than distributed free to

affected entities) is gradually increased. Because S.280 did not have a safety valve allowance

price cap, however, allowance prices are uncertain. Analyses by the Energy Information

Administration and the Environmental Protection Agency suggest a wide range of possible CO2

allowance prices under S.280. These CO2 prices will depend upon fuel prices, energy demands,

the cost and availability of nuclear power, the cost and availability of carbon capture and storage

(CCS) technologies for coal-fired generation, and the cost and availability of international offsets

that can be substituted for domestic emission reductions. Projections of CO2 allowance prices in

the early years (i.e., 2012 to 2015) range from about $10 to $40 per ton, with the low end of the

range roughly similar to the Bingaman-Specter safety valve price. Projections of CO2 allowance

prices for the 2030 timeframe range from below $30 to over $80 per ton.

Since the scenario analysis is designed to explore significant differences in external factors, we

selected an allowance price path that was on the high end of the range of the overall set of

projections. In doing so, we are not predicting such CO2 prices, but rather examining the impact

on resource decisions from an aggressive national CO2 policy that does not benefit from

optimistic technology or international offset assumptions.7 This results in a much higher CO2

price in 2013 than other scenarios ($25/ton compared with less than $6/ton in other scenarios, in

year 2008 dollars); however the ratio narrows over time from over four times as high to roughly

double. The CO2 allowance price in 2018 is about $31/ton in the Strict Climate scenario (vs.

6 See Energy Market and Economic Impacts of S. 280, the Climate Stewardship and Innovation Act of 2007,

(ETA, July 2007) and EPA Analysis of The Climate Stewardship and Innovation Act of2007 (EPA, July 16,
2007).

~ We chose the allowance price projections derived from Scenario 6 from the EPA analysis, which assumes a

lower growth rate in nuclear power generation than other EPA scenarios.
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$13/ton in the Current Trends and Low Stress scenarios) and $55/ton in 2030 (vs. $24/ton in the

Current Trends and Low Stress scenarios). In the High Fuel/Growth Price scenario, the 2018

and 2030 prices are assumed to be one-third higher than in the Current Trends scenarios. The

Table below shows the assumed CO2 allowance prices assumed in the study.

Table F.2: CO2 Emissions Permit Prices by Scenario (Short Tons)

High Growth&
Year Current Trends Strict Climate Fuel Prices Low Stress

(2008 $ItCO2) (2008 $ItCO2) (2008 $ItCO2) (2008 SItCO2)

2011 4.85 4.85 4.85 4.85
2013 5.69 25.05 5.69 5.69
2018 13.32 30.92 17.76 13.32
2030 23.92 54.80 31.90 23.92
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APPENDIX G: DAYZER MODEL INPUT ASSUMPTIONS

I. INTRODUCTION

The analysis of energy production, costs, and emissions was performed using the DAYZER

model. DAYZER is an electricity market simulation model designed by Cambridge Energy

Solutions (CES) to mimic ISO-NE’s operation of the New England electricity market. The

model takes as inputs the fundamental elements of supply, demand, and transmission; the outputs

include generation outputs, costs, prices, transmission flows, and emissions. Although CES

provides a complete set of data that can be used as model inputs, The Brattle Group refined and

developed the data to better reflect current and expected ISO-NE market conditions for the

purpose of this study. This appendix describes the resulting data inputs and key assumptions.

II. SIMuLATIoN CASES

Each DAYZER simulation case incorporates a combination of (1) market assumptions, including

load growth, capacity online, and the price of fuel and emission allowances, which vary by

scenario; (2) the degree of inclusion of the New England East-West Solution (NEEWS)

transmission project; and (3) a candidate resource solution to meet any resource gap relative to

reliability requirements. Varying these factors to test each resource solutions across a range of

market and system conditions yields numerous possible combinations and, hence, numerous

potential simulations. Figure G. I presents the dimensions in any given simulation case. Each

dimension has an abbreviated name found in the DAYZER input and output files, and a

corresponding description for clarification. Note that the Coal resource solution in italics does

not require separate simulations for evaluation. The Coal resource solution is evaluated by

making adjustments to the Nuclear resource solution simulation results.
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Figure G.1: Summary of Simulation Case Dimensions

# DAYZER Short Name Description

Scenario: Exogenous System Condition

I REF(CurrTrends) Current Trends Scenario
2 SCEI(StrictClimate) Strict Climate Scenario
3 SCE2(HighGrowth) High Fuel/Growth Scenario
4 SCE3(LowStress) Low Stress Scenario

Resource Solution: Evaluated Companies Resource Solution

1 IRP l(Conv) Conventional Approach
2 IRP2(HvyDSM) DSM-Focus Solution
3 IRP3(BaseGen) Nuclear Solution (Simulated in Study Years with Resource Gap Only)
4 IRP3a~’BaseGen-Coal) Coal Solution - Coal (Not Simulated)

Study Year: Subject to Variations on New England East-West Solution Transmission Inclusion

1 2011
2 2013
3 2018
4 2030

Degree of New England East-West Solution Transmission Inclusion

I nNEEWS No NEEWS (2011 Only); Includes MiddletownlNorwalk project
2 pNEEWS Partial NEEWS (2013,2018, and 2030 Only); Excludes Central Connecticut Reliability Component
3 tNEEWS Total NEEWS (2013,2018, and 2030 Only)

III. GENERAL MODEL ASSUMPTIONS

The model assumes a competitive market in which energy bids are based on incremental costs.

Incremental costs are assumed to be given by the incremental heat rate + variable O&M costs,

without regard to potential opportunity costs. However, the unit commitment algorithm that

precedes the generation dispatch also considers unit startup costs, minimum up time, and other

operating constraints, as described in Appendix A.

IV. EXISTING CAPACITY

Existing capacity as of 2007 is generally consistent with the ISO-NE 2007 Regional System Plan

(RSP) and the 2007 Capacity, Energy, Loads, and Transmission (CELT) report.1 Figure G.2

summarizes ISO-NE existing generating unit capacity used in the DAYZER model compared to

the 2007 RSP and the CELT report.

However, capacity in the supply-demand balance used for defining the resource gap is exactly consistent with
CELT. Please see Table 2.2 of the main report.
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Figure G.2: ISO-NE Existing Generating Unit Capacity by State

Total Installed
State Capacity (MW)

2007
Assumed Regional
Existing System

Capacity Plan

Connecticut 7,552 7,535
Maine 3199 3,084
Massachusetts 13,213 13,027
New Hampshire 3991 3,979
Rhode Island 1,803 1,818
Vermont 877 1,084

Total 30,636 30,527
CELT 30,945

As shown in Figure G.2, the Connecticut capacity in the DAYZER model is 7,552 MW, which is

almost the same as the 7,535 MW reported in the RSP. Both numbers include the approximately

700 MW Lake Road units which are located geographically in Connecticut, but electrically in

Rhode Island. The CELT report shows Connecticut existing capacity as 6,999 MW not including

the Lake Road units, and 7,697 MW including the Lake Road units (i.e., within 200 MW of the

capacity listed in RSP and DAYZER).

Outside of the DAYZER model, in our determination of the resource needs relative to

Connecticut’s local sourcing requirement (LSR), we used CELT’s 6,999 MW until the NEEWS

transmission project brings Lake Road electrically into Connecticut, as shown in Table 2.3.

Further clarification on the Connecticut units and ratings used in this study to define the

Connecticut resource needs (according to the CELT report) are shown in Figure G.3.
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Figure G.3: CELT Existing Generating Units in Connecticut Area

CELT Generator Name Area Capacity
6WI89

MILLSTONE POINT 3 CT 1,155
MILLSTONEPOINT2 CT 880
NEW HAVEN HARBOR CT 448
MONTVILLE 6 CT 407
MIDDLETOWN 4 CT 400
MIDDLETOWN 3 CT 236
AES THAMES CT III
MIDDLETOWN 2 CT 117
MONTVILLE 5 CT II
CDECCA CT 52
SO. MEADOW 13 CT 38
DEXTER CT 38
SO.MEADOWI2 CT 38
SO. MEADOW 14 CT 37
SO MEADOW II CT 36
PFIZER#I CT 33
SO. MEADOW 6 CT 27
SO. MEADOW 5 CT 26
UCONN C000N CT 25
EXETER CT 24
FRAU & WHITNEY (UTC) CT 24
US NAVAL SUBMARINE BASE CT 19
MIDDLETOWN 10 CT 17
SECREC-PRESTON CT 16
TUNNEL 10 CT 16
TORPJNGTON TERMINAL II CT 16
FRANKLIN DRIVE 10 CT IS
NORWICH JET CT IS
BRISTOL REFUSE CT IS
LISBON RESOURCE RECOVERY CT 13
AGGREGATE UNITS <10 MW CT 90

NORWALK HARBOR 2 NOR 160
NORWALKHARBORI NOR 162
WATERSIDE POWER NOR 70
COSCOBIO NOR 19
COSCOBI2 NOR II
COSCOBII NOR 18
NORWALKHARBORIO(3) NOR 12
AGGREGATE UNITS <10 MW NOR 3

BRIDGEPORT ENERGY I SWCT 441
BRIDGEPORT HARBOR 3 SWCT 372
MIIYORD POWER 2 SWCT 253
MILFORD POWER I SWCT 239
BRiDGEPORT HARBOR 2 SWCT 130
BRIDGEPORT RESCO SWCT 59
PPL WALLINGFORD UNIT 3 SWCT 44
PFL WALLINOFORD UNIT I SWCT 44
PPL WALLINGFORD UNIT 4 SWCT 43
PPL WALLINGFORD UNIT S SWCT 43
SHEPAUG SWCT 42
PPL WALLINGFORD UNIT 2 SWCT 41
DEVON 13 SWCT 31
DEVON 14 SWCT 30
DEVON II SWCT 30
ROCKY RIVER SWCT 29
DEVON 12 SWCT 29
STEVENSON SWCT 28
BRANFORD 10 SWCT 16
DEVON 10 SWCT 14
AGGREGATE UNITS <10 MW SWCT 33

Total 6,999

Seercer CELT Ole ‘2007-celt_spreadsheets.xls.’
See http:llwwwiso-ne.com/trans/celtlreport/indexhtml.
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V. GENERATING UNIT RETIREMENTS

Only one unit that is included in Table G.2 is assumed to retire: New Boston 1, a 350 MW unit in

the NEMASS/Boston zone.2 Coal units are assumed to have indefinite life, and nuclear units are

assumed to receive 40-year NRC license extensions, which makes all nuclear units operable

through 2030. Other units are assumed to stay online, based on the preliminary screening

analysis described in Appendix A.

VI. PLANNED UNIT ADDITIONS AND UPGRADES

1,107 MW of planned unit additions and upgrades that are recently completed, currently under

construction, or under contract are assumed to come online by 2011, as summarized in Figure

G.4. In addition, 279 MW of combustion turbines are assumed to be added to meet the local

forward reserve requirement in Connecticut, as described in Appendix A.

Figure G.4: ISO-NE Planned Generating Unit Additions and Expansions by 2011

Summer Winter
Unit Name Unit Type Zone Capacity Capacity Fuel Name

(MW) (MW)

UNIT ADDITIONS
Waterbury New CT South Western CT Zone 80 96 Natural Gas
Kleen Energy New CC Rest of CT Zone 560 620 Natural Gas
WallingfordlPierce New CT South Western CT Zone 100 100 Natural Gas
DG Capital Grant Projects New CT CT Zones 96 96 Natural Gas
Renewable Energy Contracts ST South Western CT Zone 75 75 Biomass
Renewable Energy Contracts ST Rest of CT Zone 75 75 Biomass

UNIT EXPANSIONS
Cos Cob Expansion GT Norwalk- Stamford Zone 40 40 F02
Millstone Point 3 NU Rest of CT Zone 81 81 Uranium

Connecticut Total 1,107 1,183

The DG Capital Grant projects are small (<70 MW) projects estimated by the Companies.3 All

DG Capital Grant projects are derated by a 50% attrition rate to account for the risk that some

2 Based on New Boston’s permanent de-list bid submitted to ISO-NE in 2007.
~ Based on a list of these projects as of 8/24/07.
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projects may not come online as expected. In addition to the 96 MW included on the supply side

(as shown in Figure G.4) 34 MW of the DG Capital Grant projects are implemented as load

reductions. The supply-side units are combined into aggregate units by zone for simplicity. The

Renewable Energy Contracts units refer to the 150 MW of renewable energy contracts the

Companies are required to sign by state law, and are also implemented in the model as aggregate

units by zone.

VII. FUTURE UNPLANNED CAPACITY

The future capacity that is added to the model depends on the resource solutions being evaluated:

• In the Conventional Gas resource solution, only gas-fired CCs and CTs are added;

• In the Nuclear resource solution a 1,200 MW nuclear unit is added at the Millstone

station, although it is meant to represent any brownfield nuclear site in New England.

This unit, named “Millstone 4,” is installed as of January 1, 2015, is assigned the unit

characteristics of Millstone 3, with the exception of a heat rate lowered to reflect an

assumed “learning curve;”

• The Coal resource solution is not simulated separately; it is evaluated by making

adjustments to the Nuclear resource solution simulation results; and

• In the DSM-Focus resource solution, additional DSM is added to the already aggressive

amount of DSM assumed in all of the resource solutions. DSM is modeled as demand

reductions, the additional amount being +160 MW! 370 GWh in 2011, +320 MW! 1000

GWh by 2013, +600 MW ! 2600 GWh in 2018, and with no further growth as a

percentage of load by 2030, as described in Appendix D.

Apart from the candidate resources described above, additional unplanned gas-fired CCs and

CTs are added with each “resource solution” as needed to meet any resource gap relative to the

ISO-NE installed capacity requirement.4 (The resource gap varies by scenario, as summarized in

Tables 2.2 and 2.3 in the main report). Unplanned new capacity is added to the model in 300

MW increments, and the technology and location are selected based on economics, i.e., with the

~ No capacity was added specifically to satisfy the Connecticut local sourcing requirement because no

additional resources were needed in any scenario, as shown in Table 2.3.
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lowest all-in cost net of energy revenues. The selection of locations accounts for locational

differences in construction costs, as discussed in Appendix C. For simplicity, all future

unplanned units are added to major 345 kV substations and are given generic unit characteristics

by unit type as shown in Figure G.5.5

Total unplanned new capacity amounts by type for each scenario/resource solution combination

are summarized in Figure G.6.

Figure G.5: Unplanned Generating Unit Characteristics by Unit Typ.e

Must Must Planned
Commit Run Outage Variable

Unit Type = I = I Rate Heat Rate O&M NOx Rate SOs Rate C02 Rate
(%) (Btu/kWh) ($/MWh) (Lbs/MMBtu) (Lbs/?vIMBtu) (Lbs/MMBtu)

New CC 0 0 4.1% 7,000 2.5 0.020 0.001 116
New CT 0 0 9.1% 10,200 5 0,020 0.001 116
Nuclear 0 1 1,4% 10,207 1.8 0 0 0

All costs and prices have been converted to real 2008 dollars using a 2.3% inflation rate, unless otherwise
noted. This inflation rate is based on forecasted Consumer Price Index in Blue Chip Economic Indicators,
Long-Range Consensus U.S. Economic Projections, March 10, 2007.
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Figure G.6: Unplanned New Capacity by Unit Type and Scenario/Resource Solution
Combination

Genes Crtmnlatinn Unplannrd Cnrserio C~parity Added (M9~ TuNis by Year (MW)
2011 20(3 20(8 2030 2011 2013 2018 2030

NCC NOT Onsolord NCC NOT Ossolood NCC NOT Besolond NCC lOOT Bnrolond

TOTAL ISO
Cuoront Trends Scenario

Convrostional - - - - - - 1.500 - - 5,700 .500 - - - 1,5% 7.250
DSM-Fooos - - - - - - 900 - - 9.700 600 - - - 900 6,31.0
Nuoloor . - - . ‘ - 300 - 1,200 5,400 600 1,200 - - (.500 7,250

SInaI Clirrraro Sornnnio
Conventional - - - . - - 1,200 - - 5,700 905 - . - (.200 6,600
DSM-Foortn - - - - - - 300 - - 5,100 600 - ‘ - 300 5.700
Nuoloor - - ‘ . ‘ - ‘ - 1,200 4,800 600 1,200 ‘ - 1,2% 6,600

1-1186 Fuol/Orouslr Scenario
Convrntiunal . - - 609 . - 3,000 600 - 7,800 .500 ‘ - 600 3.6% 9,300
OSM-Fouun - - - 500 - . 2,400 300 6,900 1,590 . - 300 2,700 8,400
Nucleon - - - . ‘ - 2.400 ‘ (.21.0 6,600 .500 1,200 ‘ - 3,600 9.300

Lotv Stones Scenario
Conventional 550 - - .500 - - 3,900 600 - 9,000 1,500 - 300 .3% 4,500 10,500
DSM-Foous . ‘ - 1.200 - . 5.300 600 - 8.100 1,500 . . .2% 3,900 9,600
Noolour - - - - ‘ 2.700 600 1,200 7,800 .500 1,200 - . 4,500 10,300

CONNECTiCUT
Current Trends Sunoorio

Convnntiooul - - . - - - 500 - - 2,100 600 - - - 300 2,700
OSM-Fooos - - . - - - - - - 2,100 700 - - - - 2.400
Nuolono - - - - - - - - 1,200 2,100 300 .206 - - 1.200 5,600

Strict Climate Sornnrio
Conventional - - - - - - 300 - - 2(00 300 - - - 300 2,400
OSM-Foorun . - - - - - - - - 2,100 300 - - - - 2,400
Nooloar - - - - - - - - 1,200 1,850 300 .200 - - 1,2% 3,300

Hi86 FoollOrorrtlt Scenario
Convonvenal - - - - - - 1,500 500 - 3,000 600 - - - (.900 3,600
OSM-Foous - - - - - - 900 - - 2,700 600 - - - 900 3,309
Nooloer - - - - - - 900 - .200 2,700 600 1,200 - - 2.100 4,500

Lorv Scour Scenario
Corrvontional - - - 300 - - .800 500 - 3,350 600 - - 300 2.100 5.900
OSM-Fooun . - - 300 - - 1,800 300 - 3.350 600 - - 300 2,100 3.900
Nuclear . - - - - - 1,200 300 (.200 3.060 600 1,200 - - 2.700 4,800

VIII. GENERATING UNIT AVAILABILITY

a. Forecasted Maintenance Outages

Maintenance outages for each generating unit are forecasted within the DAYZER model based

on load input, the assumed planned outage rate and duration for that unit, and a seasonal

maintenance outage pattern. Maintenance outage rates are based on ISO-NE’s recommended

maintenance allotments by unit type,6 as summarized in Figure 0.8. The resulting maintenance

outage schedules for all units are summarized in Figure G.7 below, along with the forecasted

forced outage schedules. As Figure G.7 shows, the maintenance outages are properly

concentrated in the Spring and Fall when load is the lowest, and gaps in the maintenance outage

curve indicate days in which no maintenance outages occur.

6 Iso New England Recommended FCM Maintenance Allotments~ 12/07/2007 Draft; Table 2.
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b. Random Forced Outages

Forced outages are randomly selected by the model based on the specified forced outage rate and

duration for each unit. Forced outage rates are based on the 2006 PJM State of the Market

Report outage rates by unit type.7 The panels in Figure G.7 show forecasted total ISO

maintenance and forced outages assumed in each study year. Importantly, outage schedules are

held constant across all resource solutions and scenarios within each study year.

Generic unplanned units are not given a forced outage schedule. These units are instead derated

by their forced outage rates.

Figure G.7: Forecasted Total Maintenance and Forced Outages by Study Year

2011 ~ZForecast Maintenance 2013 ~Forecast Maintenance
—ForocootFornod 7()~ —ForrcaotForcod

6,000

Day

2030

7~t00 - _________ -

6.000

5.000

4,000

3.000

2.000

1,000

~ PJM State of the Market Report, PJM Market Monitoring Unit, Volume II, Section 5 — Capacity Markets,,

March 8, 2007, at Table 5-16, p. 232. See http://www.pjm.comImarkets/market-mOflitor/Som.html.
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Figure G.8: Outage Rates and Durations by Unit Type

Final P0 Final FO
Unit Type Final POR Final FOR Duration Duration

(%) (%) (Days) (Days)

CC 5.6% 4.1% 13 1
GEO n/a n/a 7 n/a
GT 4.6% 9.1% 12 4
GT+ 4.6% 9.1% 13 2
Hydro n/a n/a n/a n/a
NCC 5.6% 4.1% 13
NOT 4.6% 9.1% l3 2
NU 6.5% 1.4% 24 9
PS n/a n/a n/a n/a
PUR n/a n/a n/a n/a
SOL n/a n/a n/a I
STc+ 9.1% 8.2% 21 2
STcl0O 9.1% 8.2% 20 2
STc200 9.1% 8.2% 18 2
STg~ 8.2% 8.2% 24 2
STgIO0 8.2% 8.2% 20 3
STg200 8.2% 8.2% 24 3
STo+ 8.2% 8.2% 25 2
STol0O 8.2% 8.2% 30 3
STo200 8.2% 8.2% 27 2
STr 8.2% 8.2% 14 7
WND n/a n/a n/a 1

IX. UNIT CHARACTERISTICS

a. Dual-Fuel Units

Dual-fuel capability of steam units and combustion turbines is consistent with the ISO’s 2007

CELT report. Dual-fuel steam units are set to burn F06 in the winter (it is cheaper than natural

gas in the winter) and are allowed to switch to gas in the summer (April through October) if gas

price is less than the oil price including a 3% switching cost.8 Dual-fuel combustion turbines

with gas as the primary fuel and Distillate Fuel Oil (F02) as the secondary fuel are allowed to

switch to F02 in January if the oil price is less than the gas price net of an assumed 5%

switching cost. FO2-fired units with natural gas capability are allowed to switch to gas year-

round due to the consistently lower price of projected natural gas prices. Figure G.9 summarizes

all dual-fuel units by unit type.

8 Dual-fuel steam units with gas listed as the primary fuel are allowed to switch to F06 year-round, but only

Kendall Steam is in this group.
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b. Steam Unit Characteristics

Due to the sensitivity of the market to steam oil-fired unit flexibility and startup costs these

characteristics have been more finely tuned based on historic generation patterns found in the

EP,A CEMS database.9 Minimum uptime, minimum downtime, and startup energy for all steam

oil-fired units are summarized in Figure G.1O.

c. Other Unit Characteristics

All other units have assumed generic unit characteristics by unit type. These are summarized in

Figure G. 11 below.

~ CEMS data compiled by Global Energy Decision, Inc., The Velocity Suite.
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Figure G.9: Dual-Fuel Units by Unit Type

Primasy Alternate Summer
Unit Name Fuel Fuel Zone State Capacity

(MW)

DUAL-FUEL STEAM OIL UNITS
NEW HAVEN HARBOR FO6 NO RestofCTZone CT 461
BRAYTON PT 4 FO6 NO South Eastern MA Zone MA 435
MYSTIC 7 FO6 NO NE MA Boston Zone MA 555
NEWINOTON I F06 NO New Hampshire Zone NH 400
MIDDLETOWN3 FO6 NO RestofCTZone CT 236
CANAL 2 FO6 NO South Eastern MA Zone MA 553
HOLYOKE 8/CABOT 8 FO6 NO West Central MA Zone MA 9
HOLYOKE 6/CABOT 6 F06 NO West Central MA Zone MA 9
MONTVILLE5 FO6 NO RestofCTZone CT 81
WESTSPRINOFIELD3 FO6 NO WestCentralMAZone MA 101
MIDDLETOWN2 FO6 NO RestofCTZone CT 117

~ KENDALL STEAM 1 23 NO F06 NE MA Boston Zone MA 60

DUAL-FUEL OT UNITS
DEVON 11 NO FO2 South Western CT Zone CT 30
DEVON 13 NO FO2 South WesternCTZone CT 33
DEVON 12 NO F02 South Western CT Zone CT 30
DEVON 14 NG F02 South Western CT Zone CT 30

~ IPSWICH#l2 FO2 NO NEMABostonZone MA I
* WATERS RIVER JET 2 F02 NO NE MA Boston Zone MA 30
C WATERS RIVER JET I FO2 NO NE MA Boston Zone MA 14
• SCHILLER CT I FO2 NO New Hampshire Zone NH 17

DUAL-FUEL COMBINED CYCLE UNITES
NEA BELLINOHAM NO F02 South Eastern MA Zone MA 265
CDECCA NG FO2 RestofCTZone CT 51
DARTMOUTH POWER NO FO2 South Eastern MA Zone MA 62
MANCHESTER b/bA CC NO FO2 Rhode Island Zone RI 141
MANCHESTER lI/IIACC NO FO2 RhodelslandZone RI 142
MANCHESTER 9/9A CC NO FO2 Rhode Island Zone RI 142
ALTRESCO (pittsfield) NO F02 West Central MA Zone MA 141
MASS POWER NO F02 West Central MA Zone MA 232
NEWINOTON ENEROY NO FO2 New Hampshire Zone NH 508

~ STONY BROOK OT1C FO2 NO West Central MA Zone MA 104
* STONY BROOKOT1B FO2 NO WestCentralMAZone MA 100

STONY BROOK OT1A FO2 NO West Central MA Zone MA 104

*Mlowed to use alternate fuel year-round.
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Figure G.1O: Steam Oil Unit Characteristics

Minimum
Summer Down Minimum Startup

Unit Name Zone State Capacity Time Up Time Energy
(MW) (Hours) (Hours) (MMBIu)

STEAM OIL UNITS
YARMOUTH 4 Maine Zone ME 609 8 II 10
NEW HAVEN HARBOR RestofCTZone CT 461 8 16 10
BRAYTONPT4 SouthEasteruMAZone MA 435 8 18 10
SALEMHARBOR4 NEMABostooZone MA 380 8 18 10
MYSTIC 7 NE MA Boston Zone MA 555 8 22 10
MONTVILLE6 RestofCTZone CT 407 8 22 10
NEWINGTON 1 New Hampshire Zone NH 400 7 8 10
MIDDLETOWN4 RestofCTZone CT 400 8 24 10
MIDDLETOWN3 RestofCTZone CT 236 8 24 10
CANAL 2 South Eastern MA Zone MA 553 8 24 10
CANAL 1 South Eastern MA Zone MA 254 8 24 10
HOLYOKE8/CABOT8 WestCentralMAZone MA 9 6 10 10
HOLYOKE6/CABOT6 WestCentralMAZone MA 9 6 10 10
KENDALL STEAM 1 2 3 NE MA Boston Zone MA 60 6 10 10
MONTVILLES RestofCTZone CT 81 6 10 10
YARMOUTH I Maine Zone ME 52 6 10 10
YARMOUTH 2 Maine Zone ME 52 6 10 10
CLEARY 8 South Eastern MA Zone MA 26 6 10 10
WESTSPRINGFIELD3 WestCentralMAZone MA 101 6 10 10
YARMOUTH3 MaineZone ME 117 6 10 10
BRIDGEPORT HARBOR 2 South Western CT Zone CT 130 6 15 10
MIDDLETOWN2 RestofCTZone CT 117 6 20 10
NORWALK HARBOR I Norwalk- Stamford Zone CT 162 6 24 10
NORWALKHARBOR2 Norwalk-StamfordZone CT 168 6 24 10

Figure G.11: Unit Characteristics by Unit Type

Minimum Minimum Sunup FO P0 Spissuing Quickstart AGC Ramp Varsablo Feted
Unit Type Downtime Uptime Energy FOR Duration FOR Duration Reserve Reserve Reserve Ramp Up Down O&M O&M

(tts~~) (SOetIvyIW) (St (Ow.) (5) (O.~) (5) (5) (5) ruOssu) (fl/Oss~) (5>005) (SOW-Ys)

Combined Cycle 7 0 7 4% I 6% 13 20% 0% 10% 75% 00% 2.5 21
New Combined Cycle 7 8 7 4% I 6% 13 20% 0% 10% 75% 100% 2.5 5
CombuutiooTorbiee I I 0 9% 4 5% 12 0% 100% 0% 100% 100% 7 15
Combustion Turbino >t00 MW I I 5 9% 2 5% 13 0% 100% 0% 100% 00% 7 15
Now Combustion Turbiur t I 5 9% 2 5% 13 0% 100% 0% 100% 00% 5 5
Strom Turbine ICoall < 100 MW 6 0 IS 0% 2 9% 20 lt% 0% 10% 50% 100% 3 45
Strom Turbine [Coal] <200MW 7 0 15 8% 2 9% 18 10% 0% 0% 25% 50% 3 35
Strum Turbine [Coal] >200MW 12 24 IS 8% 2 9% 21 10% 0% 0% 5% 30% I 35
SloamTurbioo[Oas]<IOOMW 6 10 10 8% 3 8% 20 10% 0% 10% 75% 100% 5 34
Strom Turbine [Gas] <200 MW 6 tO 10 0% 3 0% 24 0% 0% 10% 35% 00% 4 30
Stoam Turbine [Gaul >200 MW 0 24 10 8% 2 8% 24 10% 0% 10% 15% 100% 3 30
Steam Turbine [Oil] <100 MW 6 10 10 8% 3 8% 30 10% 0% 10% 75% 100% 5 34
Steam Turbine [Gill <200 MW 6 16 10 8% 2 8% 27 0% 0% 0% 35% 100% 4 30
Steam Turbine [Dill >200 MW 0 24 10 8% 2 8% 25 0% 0% 0% 15% 100% 3 30
Nuclear 163 164 0 1% 9 6% 24 0% 0% 0% 10% 20% 0 0
Wind I I 0 70% I 0% 0 0% 0% 0% 100% 100% 0 0
Ii3dro 0 0 0 0% 0 0% 0 25% 0% 0% 50% 50% 0 0
PS 0 0 0 0% 0 0% 0 0% 0% 0% 0% 0% 0 0
SteumTaebinn]Refusol 6 10 0 8% 7 8% 14 10% 0% 0% 100% 100% 0 0
Geolborsssal Units I I 0 1% 0 3% 7 0% 0% 0% 100% 100% 0 0
Solar I I 0 80% I 0% 0 0% 0% 0% 100% 100% 0 0
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X. EMISSIONS RATES AND PRICES

a. Current Trends Scenario

CO2 emission allowance prices correspond to the Regional Greenhouse Gas Initiative (RGGI)

through 2013 and federal legislation thereafter, as described in Appendix F. RGGI CO2

allowance prices in 2011 and 2013 are based on the January, 2007 Maryland RGGI study

(Maryland Study),’° which projects CO2 emission allowance prices for years 2010, 2015, 2020,

and 2025. The 2011 and 2013 simulation prices are based on the Maryland Study projected 2010

prices, grown at the projected 2010-2015 annual growth rate.

CO2 emissions prices in the study years 2018 and 2030 are based on the proposed 2007

Bingaman Bill Safety Valve.’1 This bill assumes a nominal safety valve price of $12 in 2012,

escalating in real terms at 5% per year. For further discussion of assumptions related to this bill

and other CO2 reduction policies please see Appendix F.

NO~ and SO~ emissions allowance prices for all study years are based on the Energy Information

Administration’s (ETA) most recent reference case forecast.’2 Figure G.12 summarizes the NOR,

SO>~, and CO2 allowance prices assumed in each study year.

~ Economic and Energy Impacts from Maryland’s Potential Participation in the Regional Greenhouse Gas

Initiative, Maryland Department of the Environment, January 2007.
‘~ Low Carbon Economy Act of2007, Page 16.
12 2007 Annual Energy Outlook, Energy Information Administration, Reference Case Files.
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Figure G.12: Emissions Allowance Prices in Current Trends Scenario

NOx and SOx Emissions Allowance Prices

~ NOx C SOx C September 2007 Price
C02 Emissions Allowance Prices

~ C02

Emission rates in 2011 and 2013 assume (1) unit-specific emissions rates for the “Sooty Six”

plants based on EPA CEMS data,’3 (2) average NO~ and SO~ rates by fuel type for all other

fossil fuel-burning plants greater than 25 MW, and (3) average CO2 rates by fuel type for all

other units subject to RGGI.’4 Some generating units in Connecticut must submit two SO2

allowances for each ton emitted under Connecticut law. This is implemented by increasing SO,

VOM by the additional SO~ cost for all units in CT>25 MW to reflect the additional SO2 cost. In

2018 and 2030, the list of C02-monitored units under federal legislation includes all fossil-fuel-

burning units greater than 25 MW. Figures G. 13 and G.14 show the assumed unit-specific NOR,

SON, and CO2 emissions rates for the “Sooty Six” plants, and the generic emissions rates used for

all other plants, respectively.

13 Sooty Six units include Bridgeport Harbor 2 & 3, Devon 7 & 8 (retired), Middletown 2-4, New Haven

Harbor, Norwalk Harbor 1 & 2, Middletown 2 & 3 and Montville 5 & 6. Emissions rates are averages of
reported CEMS rates in 2006. Rates for Middletown 2 & 3 and Montville S have been set to the average
Sooty Six levels for the unit types due to poor data quality. Unit-specific rates for Montville 6 are not
captured in this analysis, so generic rates are applied.

~ Average C02 rates are calculated based on EPA carbon content coefficients. See

http://www.epa.gov/climatechange/emissions/downloads/2007GHcjFastFacts.pdf. Units subject to RGGI
are based on a draft list published by RGGI at http://www.rggi.org/draftlists.htm; however, there is no
definitive list of RGGI affected units. The original state budgets were based on a preliminary list, and the
criteria for plant selection remain somewhat ambiguous. The criteria refer to original “nameplate”
capacity ratings, which can be different than more recent capacity measures. It also applies to units that
use more than 50% fossil fuel, which may vary over time.

C
C

00

V
V
I..

C~ 1,000

2011 2013 2018 2030 2011 2013 2018 2030
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Figure G.13: Assumed Emissions Rates for Sooty Six Units

Assumed Emissions Rate

Unit Name (Lbs/MMBtu)

C02 SOx NOx

BRIDGEPORT HARBOR 2 162 0.272 0.302
BRIDGEPORT HARBOR 3 205 0.18 1 0.136
DEVON 7* N/A N/A N/A
DEVON 8* N/A N/A N/A
MIDDLETOWN2 162 0.276 0.171
MIDDLETOWN 3 162 0.276 0.171
MIDDLETOWN 4 162 0.275 0.149
MONTVILLE 5 162 0.276 0.171
MONTVILLE 6** N/A N/A N/A
NEW HAVEN HARBOR 162 0.257 0.134
NORWALK HARBOR 1 162 0.292 0.142
NORWALK HARBOR 2 162 0.286 0.129

Average 167 0.266 0.167

*Devon 7 & 8 are retired.
**Generic rates are applied.

Figure G.14: Assumed Emissions Rates for All Other Units

Fuel CO2 Emissions from NOx Emissions from SOx Emissions from
Category Combustion Combustion Combustion

(Lbs C02/MMBIu) (Lbs NOx/MMBtu) (Lbs SOx/MMBtu)

NG 115.8 0.020 0.001
FO2 159.7 0.040 0.060
F06 172.0 0.200 0.800
Coal 204.0 0.300 1.200

b. Strict Climate Scenario

The Strict Climate scenario assumes strict Federal legislation on CO2 emissions to be in effect by

the 2013 study year, so 2011 monitored units and emissions prices are identical to the Current

Trends scenario. In 2013, the C02-monitored units under Federal legislation includes all fossil

fuel-burning (and refuse-burning) units greater than 25 MW, as in Current Trends 2018 and 2030

study years. Emissions rates are the same as the Current Trends scenario during the period in

which Federal legislation is assumed to be in effect.
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CO2 emissions allowance prices under Strict Climate Federal legislation (study years 2013, 2018,

and 2030) are based on the EIA assessment of S.280, the Lieberman Climate Stewardship and

Innovation Act of 2007 (EIA S.280). The EIA S.280 CO2 prices are doubled to account for

offset sensitivity.15

c. High Fuel/Growth Scenario

The High Fuel/Growth scenario assumes all emissions rates, and 2011 and 2013 emissions

allowance prices are unchanged from the Current Trends scenario. 2018 & 2030 CO2 emission

allowance prices are assumed to be 30% higher than in the Reference Case. NO~ and SO~

emissions allowance prices are unchanged from the Current Trends scenario.

d. Low Stress Scenario

All emissions rates and prices are unchanged from Current Trends scenario.

XI. FUEL PRICES

a. Natural Gas

2011 Henry Hub natural gas prices are from NYMEX Henry Hub Futures as of 9/27/2007,16 with

prices available October 2007 through December 2012. 2013, 2018, and 2030 Henry Hub

natural gas prices are derived using the previous year’s average price, adjusted with a monthly

multiplier to reflect seasonal variation, then grown using the annual EIA growth rate. 17 Monthly

multipliers are calculated by using the NYMEX 2010 monthly/annual average price, removing

the trend to leave only a seasonal pattern. Figure G.15 shows assumed monthly Henry Hub

natural gas prices through 2030.

15 The ETA analysis found that CO2 prices were very sensitive to the amount of offsets allowed, and that under

the same bill but without any offsets, the price would approximately triple.
16 NYMEX futures prices as of September 27th, 2007: http://www.nymex.com/mediaJ092707.pdf.
“ 2007 Annual Energy Outlook, Energy Information Administration, Table II: Energy prices by Sector and

Source (New England).
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Figure G.15: Monthly Henry Hub Natural Gas Prices through 2030 in the Current Trends

Scenario

-~

3

Future basis differentials from Henry Hub are based on historical average monthly basis

differentials from 2003, 2004, and 2006.18 Algonquin prices are used for Southern New England

(CT, RI, MA), and Dracut prices (price of Canadian gas flowing south) are used for Northern

New England (NH, VT, ME).’9 The average Algonquin winter differential is ~$1.70/MMBtu;

summer is ‘-$.50/MMBtu; and the Algonquin annual average is $1.00/MMBtu, with Dracut at

about 20 cents below Algonquin. Figure G.16 shows the assumed natural gas basis differentials

used in all scenarios and study years.

18 2005 is excluded due to an unusually cold October.
‘~ Monthly averages of Spot Prices for Henry Hub, Algonquin City gate and Dracut are from Platts Gas Daily.

See www.platts.com.
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Figure G.16: Assumed Natural Gas Basis Differentials in All Scenarios and Study Years

00

1.0

0.5

b. Distillate and Residual Fuel Oil

2011 Residual Fuel Oil (F06) prices are based on NYMEX Crude Oil futures as of 9/27/2007,

with prices available from October 2007 through December 2012. After 2012, FO6 prices are

based on ETA daily historic (June 2, 1986-Sep 27, 2007) Crude Oil and Residual Fuel Oil spot

prices.20 A relationship between the historic Crude Oil prices and FO6 prices was determined

using a simple linear regression, and FO6 prices are then predicted through 2030 based on this

relationship. 2013, 2018, and 2030 F06 prices use these predicted prices, grown at the annual

ETA predicted growth rate.21

Distillate Fuel Oil (F02) prices for all years are based on NYMEX Heating Oil futures as of

9/27/2007, with prices available from October 2007 through September 2010. All prices are then

20 ETA: Petroleum Navigator: Spot Prices: Downloaded from the EIA Website:

http://tonto.eia.doe.~ov/dnav/pet/x[s/petjrispt s l_d.xls.
21 2007 Annual Energy Outlook, Energy Information Administration, Table 11: Energy prices by Sector and

Source (New England).
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Period Average : $12.64/MMBtu
Max: $16.85/MMBtu
Mm : $9.83/MMBtu

22 2007 Annual Energy Outlook, Energy Infonnation Administration, Table 11: Energy prices by Sector and

Source (New England).

grown at the annual EIA predicted growth rate.22 Figure G.17 shows the assumed F06 and F02

prices through 2030 in the Current Trends Scenario.

Figure G.17: 2008-2030 Assumed F02 and F06 Prices in the Current Trends Scenario
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c. Coal

2011 and 2013 delivered coal prices are unit-specific and are compiled by CES based on historic

values. 2018 and 2030 prices for coal and “other” fuel use the CES-estimated 2015 nominal

values. Figure G.18 summarizes delivered coal prices by unit for each of the study years.
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Figure G.18: Assumed Delivered Coal Prices in All Scenarios and Study Years

I Summer Average Price (2008 $/MMBt11)

Capacity
Unit Name Zone State (MW) 2011 2013 2018 2030
AES THAMES Rest ofCT Zone CT 181 $3.13 $2.99 $2.87 $2.87
BRAYTON PT I South Eastern MA Zone MA 243 $3.01 $2.88 $2.76 $2.76
BRAYTONPT2 SouthEastemMAZone MA 222 $3.01 $2.88 $2.76 $2.76
BRAYTON PT 3 South Eastern MA Zone MA 612 $3.01 $2.88 $2.76 $2.76
BRIDGEPORTHAJU3OR3 SouthWesternCTZone CT 372 $3.13 $2.99 $2.87 $2.87
MEAD Maine Zone ME 75 $3.01 $2.88 $2.76 $2.76
MERRIMACK 1 New Hampshire Zone NH 112.5 $2.82 $2.70 $2.59 $2.59
MERRIMACK 2 New Hampshire Zone NH 320 $2.82 $2.70 $2.59 $2.59
MT TOM West Central MA Zone MA 145 $3.09 $2.96 $2.84 $2.84
SALEM HARBOR 1 NE MA Boston Zone MA 82 $3.27 $3.13 $3.00 $3.00
SALEMHARBOR2 NEMABostonZone MA 80 $3.27 $3.13 $3.00 $3.00
SALEM HARBOR 3 NE MA Boston Zone MA 149 $3.27 $3.13 $3.00 $3.00
SCHILLER 4 New Hampshire Zone NH 47.5 $2.82 $2.70 $2.59 $2.59
SCHILLER5* NewHampshire Zone NH 47 $2.82 $2.70 $2.59 $2.59
SCHILLER 6 New Hampshire Zone NH 47 $2.82 $2.70 $2.59 $2.59
SOMERSET Maine Zone ME 10 $3.01 $2.88 $2.76 $2.76
SOMERSET 6 South Eastern MA Zone MA 105 $3.11 $2.97 $2.85 $2.85

Tota’ 2850
*Schiller 5 has been converted to wood, which is not captured in the model.

XII. DEMAND-SIDE MANAGEMENT (DSM)23

All Connecticut demand response programs have been forecasted through 2018 by the

Companies.24 The Companies have provided calendar-year estimates of DSM programs by

company, including 2007-2018 energy and peak reduction values for energy efficiency (EE) and

2007-2018 peak reduction values for demand response (DR). After 2018, DSM-induced load

reductions are assumed to remain constant as a percentage of load. Data are adjusted to mid-year

values using a 33% half-year factor.25 The data are at-meter estimates so all DSM values are

grossed up by 8% for transmission and distribution losses before being deducted from the energy

needed to meet load. For capacity planning purposes, load reductions that are counted as supply

23 Here, “demand-side management” refers to both energy conservation and demand response. “Energy

efficiency” in this appendix refers only to the energy conservation element of DSM.
24 See “CT DSM Sum Ver 7CLP UI Rev-with Stata input database_ 31 Oct 07 HEAVY and BASE

CASE,xls.” The Client provided an updated version as of November 1, 2007 which could not be
implemented due to schedule requirements.

25 Mid-year estimates are calculated as 2/3 *(preceding year EOY estimates) + 1/3 *(cuffent year’s EOY

estimates).
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are grossed up by an additional 16.6% to account for the associated reduction in required

reserves.26

The companies have forecasted a “Reference” level of DSM which is used in the Conventional,

Nuclear, and Coal resource solutions, and a “Heavy” level of DSM which is used in the DSM

Focus resource solution. Since there are detailed data on DSM plans only for Connecticut, Base

DSM programs are extrapolated to the rest of New England (RONE) assuming half as much

growth in DSM per megawatt of total load. In the DSM-Focus resource solution RONE is

assumed to continue with Base DSM, while Connecticut implements Heavy DSM. Once the

Connecticut and RONE DSM values are determined, the data are split into DAYZER subzones

by share of summer peak reference case forecast gross load.

DSM in the Current trends scenario is assumed to be achieve the load reductions shown in

Tables 2.2 and 2.3 and described in Appendix D, and this effectiveness is reduced in other

scenarios in which elevated prices induce a “natural” reduction in load, leaving a smaller

incremental effect of DSM.

XIII. GROSS AND NET LOAD27

All DSM is implemented in DAYZER via load adjustments from the “gross” load forecast,

producing a “net” load. Gross and net load implementation is described below for each scenario.

The methodology of determining the gross and net load levels is described in more detail in

Appendix B.

a. Current Trends Scenario

Load in the Current Trends scenario is based on the ISO-NE weather-normalized 2008-2016

hourly subzonal forecast shown in the CELT report (CELT Load Forecast),28 extrapolated to the

2018 and 2030 study years. The 2016 CELT Load Forecast is extrapolated through 2030 by

using the long-term 2015-2016 summer and winter reference case peak load growth rates.

Weekdays in 2017-2030 are aligned with 2016 weekdays, and the long-term seasonal growth

26 Also, the data do not include RGGI savings.
27 Net load refers to load net of DSM program effects.
28 http:!/www.iso~ne.comItrans/CELT/fsct_detail/1fldeX.htm1
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rates are applied to the 2016 load forecast. Demand-side Management (DSM) load reductions

are not included in the CELT Load Forecast, as indicated in the ISO’s Representative ICR

Calculation.29 However, Companies’ estimates of future DSM are ultimately reflected in the

load inputs to the model, the implementation of which is explained at the end of this section.

The CELT Load Forecast subzones BOSTON!CMASS, WMASS, and NEMASS do not

correspond directly with DAYZER subzones, so the Massachusetts load data are split into

redefined DAYZER subzones. DAYZER NEMASS/BOSTON and WCMASS zones are derived

from the CELT Load Forecast subzones by using the CELT Load Forecast reported demand

shares by zone. The CELT Load Forecast reports that WCMASS is 13.4% of ISO-NE in the

summer and 13.7% of ISO-NE in the winter, and NEMASS/BOSTON is 19.4% of ISO-NE in

the summer and 19.2% of ISO-NE in the winter. Hence, for summer months (April through

October in the model), the total WCMASS/NEMASS/BOSTON subzone share of total ISO is

32.8%. WCMASS is 40.854% of this share, and NEMASS/BOSTON is the remaining 59.146%

of this share. For winter months, the total WCMASS/NEMASS/BOSTON subzone share of total

ISO is 32.9%. WCMASS is 41.641% of this share, and NEMASS/BOSTON is the remaining

58.359% of this share, and the load is divided accordingly. Figure G.19 displays the DAYZER

subzones, and overlapping ISO subzones.

Figure G.19: DAYZER and ISO Subzones

DAYZER Subzone State ISO Subzone

Rest of CT Zone CT CT
Norwalk- Stamford Zone CT NOR
South Western CT Zone CT SWCT
NE MA Boston Zone MA BOSTON/CMA-NEMA *

South Eastern MA Zone MA SEMA
West Central MA Zone MA W-MA/CMA-NEMA *

Maine Zone ME ME/S-ME/BHE
New Hampshire Zone NH NH
Rhode Island Zone RI RI
Vermont Zone VT VT

*Load in these ISO subzones is split to correspond with the DAYZER subzones.

29 Agustin, Maria, “Representative Installed Capacity Requirements for RSPO7,” PSPC Meeting No. 233,

Agenda Item 5.0, August 16, 2007, slide 14.
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In its forecast, the ISO-NE projects a long-term declining growth rate, which is consistent with

the CT DPUC’s understanding of long-term growth rates.30 For years beyond 2016 we

extrapolate 2015-2016 growth rates, which are approximately only one percent. Figure G.20

shows 2015 and 2016 peak load by ISO-NE subzone, long-term peak growth rates, and subzone

shares of total ISO non-coincident peak load.

Figure G.20: Summary of ISO-NE Long-Term Peak Load Forecast and Load Growth
Rates

2015 Peak Load 2016 Peak Load CAGR Growth 2015-2016 Growth 2016 Subzone Shares

Summer Winter Summer Winter Summer Winter Summer Winter Summer Winter
ISO-NE Peak Peak Peak Peak Peak Peak Peak Peak Peak Peak
5ubzone (50/50) (50/50) (50/50) (50/50) (50/50) (50/50) (50/50) (50/50) (50/50) (50/50)

(lvfW) (M’~V) (MV,’) (M’W)

BHE 347 331 350 335 1.6% 1.4% 0.9% 1.2% 1.1% 1.3%
BOSTON 6,190 4,912 6,254 4,966 1.5% 1.1% 1.0% 1.1% 19.6% 19.4%
CMANEMA 2,075 1,641 2,104 1,658 1.3% 1.0% 1.4% 1.0% 6.6% 6.5%
CT 4,092 3,255 4,139 3,284 1.7% 1.1% 1.1% 0.9% 13.0% 12.8%
ME 1,241 1,217 1,259 1,232 2.0% 1.4% 1.5% 1.2% 3.9% 4.8%
NH 2,477 1,968 2,523 2,001 2.7% 1,5% 1.9% 1.7% 7.9% 7.8%
NOR 1,455 1,124 1,471 1,134 1.5% 1.1% 1.1% 0.9% 4.6% 4.4%
RI 2,917 2,063 2,951 2,082 1.8% 1.0% 1.2% 0.9% 9.3% 8.1%
SEMA 3,336 2,595 3,377 2,621 1.6% 1.1% 1.2% 1.0% 10.6% 10.2%
SME 768 660 779 667 1.9% 1.2% 1.4% 1.1% 2.4% 2.6%
SWCT 2,742 2,237 2,765 2,258 1.6% 1.5% 0.8% 0.9% 8.7% 8.8%
VT 1,441 1,342 1,457 1,361 1.8% 1.2% 1.1% 1.4% 4.6% 5.3%
WMA 2,423 2,005 2,452 2,023 1.8% 0.9% 1.2% 0.9% 7.7% 7.9%

Total 100.0% 100.0%

EE is implemented by (1) reducing the peak load by the EE peak hour reduction (2) reducing

gross load such that hours are not reordered in the load duration curve and (3) making total

reductions consistent with the required EE energy reduction. This is achieved by first reducing

the peak load by the peak hour reduction, reducing the last hour on the load duration curve by 1

MW, interpolating reductions between these two points on the load duration curve, then

iteratively reducing each hour by .01 MW increments (subject to the max peak hour reduction)

until the required EE energy reduction is met. Figure G.21 illustrates Reference DSM EE

30 December 5, 2006 Addendum Updated Load Forecast; Connecticut Department of Public Utility Contro

Request for Proposals to Reduce Impact of FMCCs; Docket No. 05-07-14PH02. See
http://www.connecticut2006rfp.com/rfP docs.php.
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reductions on 2011 gross load for the SW-CT subzone in the Current Trends Scenario. This

subzone and level of DSM is used as an example to demonstrate load adjustment methodology in

all scenarios, as shown in Figures G.21 through G.28 described in this section. DR is always

implemented by “shaving” the peak load after EE reductions have been implemented: the peak

hour load minus the DR peak hour reduction becomes the max load for the year.3’ Figure G.22

shows the final net load after Reference DSM EE and DR reductions in the Current Trends

Scenario.

Figure G.21: Methodology for Implementing Peak and Energy Adjustments due to
Reference DSM in the Current Trends Scenario: 2011 SW-CT Example
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Figure G.22: Net Load with Reference DSM in the Current Trends Scenario: 2011 SW-CT

Example

1,000

b. Strict Climate Scenario

The Strict Climate scenario assumes the same gross load (without DSM effects) as the CELT

Load Forecast, but with load reductions due to response to higher fuel prices, and lowered

effectiveness of DSM efforts due to these load reductions. The full price impact is realized by

2018, and consists of a short-term peak impact of -1.39%, phased in over three years from 2009

through 2011, and an additional long-term impact of -1.04%, phased in over the next seven years

from 2012 through 2018. After 2018 load is assumed to continue at a 1% growth rate. Load

adjustments to the CELT Load Forecast are applied simultaneously with DSM adjustments.

Combined price effect and EE peak and energy reductions are implemented as in the Current

Trends Scenario, as are DR reductions. Figure G.23 illustrates the 2011 SW-CT combined EE
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and fuel price effect peak and energy reductions, and Figure G.24 shows the net load after all

adjustments, including DR.32

Figure G.23: Methodology for Implementing Peak and Energy Adjustments due to
Reference DSM and Fuel Price Effects in the Strict Climate Scenario: 2011 SW-CT
Example
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32 DR implementation in all scenarios is the same: once gross load is determined and fuel price effects and EE

peak and energy reductions are applied, the DR peak shaving is implemented.
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Figure G.24: Net Load with Fuel Price Effect and Reference USM in the Strict Climate
Scenario: 2011 SW-CT Example
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c. High Fuel/Growth Scenario

Energy in the High Fuel/Growth scenario is assumed to grow at a rate 0.8% higher than in the

Current Trends scenario through 2018 to reflect a high growth environment, then at a long-term

growth rate of approximately 1% through 2030. High fuel prices are assumed to induce a price

impact on this high growth load, consisting of a short-term impact of -3.68% phased-in over 3

years, plus an additional -2.76% long-run reduction phased-in over the next 7 years. Changes

from the CELT Load Forecast in the underlying gross load, fuel price effects, and EE peak and

energy reductions are implemented simultaneously.

In this scenario, the combined average energy reduction is typically greater than the peak

reduction, and in these cases the hourly reduction in absolute terms is assumed to ramp up on the

load duration curve to meet the required total energy reduction. This implies a relative
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insensitivity during the highest load hours to load reduction forces, and the slope of the ramp in

each subzone has been made proportional to that subzone’s share of total load to reflect greater

peak insensitivity in smaller subzones. Figure G.25 illustrates the 2011 SW-CT combined

change in gross load, EE, and fuel price effect peak and energy reductions. If the combined

average energy reduction is smaller than the combined average peak reduction then adjustments

are made following the EE adjustment methodology in the Current Trends Scenario. Figure

G.26 shows the net load after all 2011 High Fuel/Growth Scenario adjustments in SW-CT,

including DR.

Figure G.25: Methodology for Implementing Peak and Energy Adjustments due to
Differences in Gross Load, Reference DSM, and Fuel Price Effects in the High
Fuel/Growth Scenario: 2011 SW-CT Example
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Figure G.26: Net Load with Gross Load Adjustments, Fuel Price Effect, and Reference
DSM in High Fuel/Growth Scenario: 2011 SW-CT Example
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d. Low Stress Scenario

Energy in the Low Stress scenario is assumed to grow at a rate 0.4% higher than in the Current

Trends scenario through 2018 to reflect a high growth environment, then at a long-term growth

rate of approximately 1% through 2030. High fuel prices are assumed to induce a price impact

on this low stress load, consisting of a short-term impact of 2.04% phased-in over 3 years, plus

an additional 1.53% long-run reduction phased-in over the next 7 years.

Combined gross load adjustments, fuel price effects, and EE peak and energy reductions

typically lead to large positive peak reductions, coupled with very small energy reductions

(sometimes negative — an energy increase). In some cases, there is an increase in both peak and

energy. These results indicate some energy shifting in this scenario, and the combined

adjustments to the CELT Load Forecast gross load (excluding DR) are implemented assuming
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that the relative energy reductions in the highest load hours are shifted to off-peak hours. So,

some off-peak hours always show a net energy increase, regardless of the sign of total energy

adjustments. Figure G.27 shows the 2011 SW-CT combined change in gross load, EE, and fuel

price effect peak and energy reductions. Figure G.28 shows the net load after all 2011 Low

Stress Scenario adjustments in SW-CT, including DR.

Figure G.27: Methodology for Implementing Peak and Energy Adjustments due to
Differences in Gross Load, Reference DSM, and Fuel Price Effects in the Low Stress
Scenario: 2011 SW-CT Example
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Figure G.28: 2011 SW-CT Net Load with Gross Load Adjustments, Fuel Price Effect, and
Reference DSM in Low Stress Scenario
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XIV. EXTERNAL FLows: ISO-NE NET IMPORTS

DAYZER models ISO-NE independently, and flows in and out of the ISO-NE system are non-

dynamic. 2011 hourly net imports are forecasted by CES by extrapolating the most recent33 ISO-

NE actual import/export data by weekday/weekend and month. 2013, 2018, and 2030 net

imports use 2011 values, realigned by weekday. Figure G.30 summarizes the assumed ISO

import/export schedule for all cases.

~ As of September, 2007. Import/export data are downloaded from the ISO-NE website.
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Figure G.30: Average Net Imports to ISO-NE System
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XV. RESERVE REQUIREMENTS

2011 hourly spin and AGC reserve requirements are forecasted by CES by extrapolating

historical values by weekday/weekend and season. 2013, 2018, and 2030 net imports use 2011

values, realigned by weekday. Hourly spin requirements range from 1267-1320 MW, and hourly

AGC reserve requirements (added to the spin requirement in the model) range from 100-280

MW. Quickstart requirements not modeled.

XVI. TRANSMISSION

a. Topology

The transmission system representation is based on the load flow used for the ISO-NE November

2006 FTR auction, which we upgraded to include Phase II of the Southwest Connecticut

Reliability Project (345-ky Middletown-Norwalk Project) and the 345 kV Ludlow-Barbour Hill

Project by the 2011 study year, then further upgraded to include major New England East/West

Solution (NEEWS) elements by the 2013 study year. Full project details are extensive so, for

simplicity, only major elements expected to have a significant impact on the simulation results
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(all 345kV and 115kV elements) of each project are implemented. The major additions to the

November 2006 load flow to represent these transmission enhancements in the 2011 and 2013

study years are listed in Figures G.3 1 and G.32, respectively.

Figure G.31: Additions to 2006 Load Flow to Represent the 345-ky Middletown-Norwalk

Project and the 345 kV Ludlow-Barbour Hill Project by the 2011 Study Year

Summer Summer
Element Name Element Type Rating A Rating B

BESECK 345 Substation
HADAMNK 345 - BESECK 345 Line 1488 1793
HADDAM 345 - BESECK 345 Line 1488 1912
SOTHNGTN 345 - BESECK 345 Line 1488 1912
E_DEVON 345 Substation
BESECK 345 - E DEVON 345 Line 2038 2634
DEVON - E_DEVON Transformer 707 797
SINGER 345 Substation
E_DEVON 345 - SINGER 345 CKTI Line 600 1128
E_DEVON 345- SINGER 345 CKT2 Line 600 1128
BRIDGEPT 115 - SINGER 345 Transformer 435 440
SINGER 345- NORWLK 345 CKT1 Line 600 1128
SINGER 345 - NORWLK 345 CKT2 Line 600 1128
BARBOURH 345 Substation
BARBOURH 115- BARBOURH 345 Transformer 747 795
BARBOURH 345- LUDLOW 345 Line 1240 1604
BARBOURH 345- MEEK_J 345 Line 1240 1604
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Figure G.32: Additions to 2006 Load Flow to Represent NEEWS by the 2013 Study Year

Summer Summer
Element Name Element Type Rating A Rating B

Manchester 345 - Card 345 CKT 2 Line 1488 1912
Card 345- Millstone 345 CKT 2 Line 1255 1446
Manchester 115 - East Hartford 115 CKT 2 Line 250 371
SW Hartford 115- NW Hartford 115 Line 250 371
S Meadow 115 -SW Hartford 115 CKT2 Line 171 307
Frost Bridge 345 - N Bloomfield 345 Line 2035 2635
Frost Bridge 115 - Frost Bridge 345 Transformer 632 780
Lake Road 345-West Farnum 345 Line 2035 2635
Card 345 - Lake Read 345 CKT 2 Line 2035 2635
W. Farnum 345- Millbury 345 Line 2172 2696
W. Farnum 345-Kent Co. 345 CKT2 Line 1545 1908
Kent Co. 345 - Kent Co. 115(2) Transformer 487 580
Kent Co. 345-Kent Co. 115(3) Transformer 487 580
Berry 345 Substation
Berry 345 - lseltinghnm 345 Line 1007 1157
Berry 345 - Brayton Point 345 Line 1007 1157
Berry 115 Substation
Berry 115- Berry 345 Transformer 515 580
Berry 115-S. Wrenthem 115 CKTI Line 287 330
Berry 115-S. Wrenthem 115 CKT2 Line 287 330
Berry 115- N. Attleboro 115 CKTI Line 287 330
Berry 115-N. Attleboro 115 CKT2 Line 287 330
Agawam 345 Substation
Agawam 345- Agawam 115 (1) Transformer 632 780
Agawam 345- Agawnm 115 (2) Transformer 632 780
Ludlow 345- Agawam 345 Line 2035 2635
Agawam 345-N. Bloomfeld 345 Line 1200 2400
Stony Brook 115 -5 Corners 115 Line 678 878
Stony Brook 115 -5 Corners 115 Line 678 878
N. Bloomfield 115- N. Bloomfield 345 (2) Transformer 632 780
Southwick 115-S. Agawam 115 Line 143 165
Shawington 115 - Fairmont 115 Line 593 764
Chicopee 115- Fairmont 115 Line 339 439
Piper 115- Fairmont 115 Line 339 439
E. Springfield 115- Clinton 115 Line 250 371
E. Springfield 115- Breckwood 115 CKTI Line 250 371
E. Springfield 115- Breckwood 115 CKT2 Line 250 371

b. Interface Limits

Interface limits vary by degree of NEEWS inclusion in the 2011 and 2013 study years, and are

assumed to remain at 2013 levels in the 2018 and 2030 study years, since the transmission

system is assumed to remain unchanged after 2013. 2011 Interface limits are consistent with

those published in the ISO-NE October 26, 2006 Draft Regional System Plan34 and the ISO-NE

FERC Form No. 715.~~ Post-NEEWS East/West Interface and Connecticut Import limits have

been projected by Northeast Utilities. Figure G.33 summarizes assumed interface limits by study

year and degree of inclusion of NEEWS.

~ Draft Regional System Plan, ISO-NE, Page 38, Table 4-5, October 26, 2006.
~ ISO-NE FERC Form No. 715, Pages 6-3 through 6-6, March 31, 2007.
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Figure G.33: Major Interface Limits by Study Year and Degree of NEEWS Inclusion

2013 Limit: 2013 Limit:
Interface Constraint 2011 Limit Partial-NEEWS Full-NEEWS

Summer Summer Summer Summer Summer Summer
Max Mm Max Mm Max Mm

(MW) (MW) (MW) (MW) (MW) (MW)

New Brunswick - New England 1,000 -250 1,000 -250 1,000 -250
Orrington South 1,200 NI~. 1,200 NI, 1,200 XL
Surowiec South 1,250 XL 1,250 XL 1,250 XL
Maine-New Hampshire 1,550 -1,700 1,525 -1,700 1,525 -1,700
New England North-South 2,700 XI 2,700 NI. 2,700 NI
New England East-West 2,400 -2,400 3,100 -3,100 3,500 -3,500
Bostonlmport 4,900 NI, 4,900 Nl~ 4,900 XL
SEMA:SoutheastMA XL XL XL NL NL XL
SEMARJ: SE MA RI Ex 3,000 XL 3,000 XL 3,000 NI.
Connecticut Import 2,500 -2,030 3,200 -3,200 3,600 -3,600
SW Connecticut Import 3,650 XL 3,650 XL 3,650 XL
Norwalk-Stamfordlmport 1,650 NI. 1,650 XL 1,650 XI.
NewYork-NewEngland 1,175 -1,150 1,175 -1,150 1,175 -1,150

Note: NLNo Limit

c. Contingencies and Line Constraints

First-order N-i contingencies corresponding to the varying degrees of transmission inclusion are

provided by the Companies and are included in the model. Second-order (N-2) contingencies are

not modeled. 115kV line and contingency constraints that bind frequently in the 2018 and 2030

study years are assumed to spur mitigation efforts to avoid high congestion costs via equipment

upgrades, and are concurrently removed as constraints from the model.

d. Transmission Outages

Transmission outages are not modeled.
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APPENDIX H: EVALUATION METRICS

This Appendix describes the Evaluation Metrics and reports the results for all of the cases

studied (Scenario-Resource Solution-Year combinations).

I. DESCRIPTION OF METRICS

The DAYZER simulations produce an enormous quantity of detailed information on the

operation of each generating unit in the ISO-NE system and the economics of serving loads

under the assumed conditions. These can be distilled to produce summary statistics that address

the criteria in PL 07-242 in order to evaluate the resource solutions, which we term “Evaluation

Metrics.” These measures also are consistent with the CEAB “Preferential Criteria for

Evaluation of Energy Proposals” (Effective December 1, 2004); however, the Preferential

Criteria are more project-based (as opposed to generic resources) and therefore the measures

examined in this report do not perfectly map into the Criteria. These various metrics fall into

several categories, reflecting diverse objectives and criteria for evaluating the performance of

resource solutions.

a. Total Annualized Going-Forward Resource Cost of Meeting Load

Resource cost represents the economic value of resources consumed in supplying Connecticut

loads, without regard to who incurs those costs or the possible ratemaking treatment of such

costs. These are annualized “going-forward” generation and DSM-related costs that do not take

into account the value of capital in existing or already-committed capacity (i.e., they do not

account for “embedded” capital cost) but do account for the annualized capital costs of new

generation plant in Connecticut and the capitalized cost of DSM programs. The costs of

resources located outside of Connecticut are included by pricing imported energy and capacity at

market prices. The value of energy and capacity exported outside of Connecticut is counted as a

credit, again valued at market prices. More specifically, total going-forward annual resources

costs for Connecticut include:

• Capital carrying costs on new generation located in Connecticut (this
includes the new baseload plant in the Nuclear and Coal Solutions, and
new CCs or CTs used to meet ISO-NE’s required reserve margin).

• Fixed O&M for all operating plants in Connecticut.
• Variable O&M for all operating plants in Connecticut.
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o Fuel and emission allowance costs for operating plants in Connecticut

• RPS costs, i.e., Renewable Energy Credits (RECs) and alternative
compliance payments to meet Connecticut RPS requirements, both priced
at a nominal level of $55/MWh according to the Connecticut rules
regarding RPS.

o The cost of imports of energy, priced at the load LMP in Connecticut,
minus the value of exports priced at the generation-weighted average
generator LMP in Connecticut.

• The cost of capacity imports or the value of capacity exports priced at the
ISO-NE capacity price, which is discussed in Appendix A.

• Demand-side program costs, including the annual costs of administering
demand response programs and an annuitized cost of efficiency
investments (using a 10-year annuity equivalent at a real after-tax
weighted average cost of capital of 7%).

While these total going-forward resource costs are not precisely customer costs (which depend

on many factors, including ratemaking treatment) this is the single most comprehensive measure

of cost that must be recovered in the long run from customers in order for utilities to provide

economic service. Therefore, they correspond to the CEAB Preferential Criteria II.B and II.C

over the long run.

b. Market-Based Generation Cost

In Connecticut’s restructured retail environment, customers’ generation service rates are

determined by the procurement costs incurred by the Companies and other load serving entities

as they pay for energy, capacity and ancillary services supplied from the ISO-NE market. The

cost elements are:

• Generation Service Charges
Energy cost, based on the hourly load times the load bus locational
marginal prices (LMPs), a standard spot market-based measure of
the cost of serving load in an LMP market.
Capacity cost, given by the peak load times the required planning
reserve margin of approximately 16.6% times the capacity price.
As discussed in Appendix A, the capacity price is given by the net
cost of new entry (Net CONE) when the market is in supply-
demand balance. In 2011, the market is in surplus and the price is
set by the $4.50/kW-month floor that has been established by ISO
NE.
Fast-start costs, or local forward reserve market (LFRM) costs are
based on the formulas ISO-NE uses to allocate LFRM and FRM
costs across ISO-NE, which result in Connecticut customers
having to pay approximately 45% of LFRM costs incurred in
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Connecticut, depending on market conditions, as discussed in
Appendix A. LFRM costs incurred in Connecticut are given by the
required reserves (approximately 1,300 MW, given by the capacity
of the largest unit) multiplied by the LFRM price, which is
assumed to be at the cap due to the lack of surplus of fast-start
capacity in Connecticut. The cap is given by S 141kW-month
minus the capacity price.
Revenues from financial transmission rights (FTRs), assuming
load serving entities have FTRs providing revenues sufficient to
cover 75% of the congestion costs incurred between Connecticut
generators and Connecticut load (calculated by multiplying the
load versus the generator~ in Connecticut.
A loss adjustment is needed because DAYZER double-counts
losses. First, the load forecast already includes losses, which sets
the total amount of generation customers must pay for. Second,
marginal losses are calculated as part of the LMP in order to
produce efficient dispatch signals (the loss component of the LMP
at each node is given by the price at the reference bus times a nodal
marginal loss factor drawn from a database of loss factors under
similar load conditions). In order to avoid double-count losses, the
loss component is reduced to that at the Connecticut generators by
subtracting the difference between the load’s and generators’ loss
components from the load’s LMP.
The cost of spinning reserves and uplift are each calculated from
the Connecticut load ratio share of ISO-NE payments to all
generators in ISO-NE. Both quantities are modeled explicitly in
DAYZER.
Supplier risk premium, estimated at 15% to account for the risks
that wholesale suppliers assume when bidding to serve retail loads.
These include credit, price and volume risks, and represent the
difference between the pure “market cost” of resources and the
prices typically observed in the market for serving retail loads.

System Benefits Charges
Renewable Energy Certificates (REC5) or alternative compliance
payments valued at a nominal level of $55IMWh.
DSM program costs, including the annual cost of administering
demand response programs and the annual cost of efficiency
investments. Efficiency investments are not capitalized, as they
are in the calculation of Total Annualized Going-Forward
Resource Cost, in order to reflect the current rate treatment.

These customer costs are divided by the Connecticut loads to estimate an average customer

generation rate, in 0/kWh. These metrics correspond most closely to CEAB Criteria II.B and

II.C,
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c. Cost of Service Generation Rates

In addition to calculating customer generation rates under prevailing rules, we also estimate

customer generation rates under a hypothetical alternative where Connecticut generators are paid

under traditional cost-of-service principles. This proxy cost of service was constructed from the

following elements:

• Generation Service Charges
Total (going-forward) Resource Costs as described above, but
excluding RPS and DSM costs, plus
Annualized embedded costs of generators in Connecticut,
consisting of estimates of annualized capital payments:

For Connecticut generating units that have obtained
“reliability-must-run” (RMR) contracts, we use the nominal
difference between the Annualized Fixed Revenue
Requirement (AFRR) and the annual Fixed O&M (FOM)
obtained from the RMR dockets and settlement agreements.
For the Millstone nuclear unit, an annual capital payment
based on the purchase price in 2001 and utility financing
assumptions.

• For recent new units an estimate of annual capital payments
based on technology type
We assume embedded costs of zero for numerous old,
small plants for which FOM is the primary going-forward
cost

• System Benefits Charges are calculated the same as in the Market-Based
Customer Costs.

These costs are divided by Connecticut loads to estimate an average customer cost under the cost

of service accounting in 0/kWh.

Average customer generation rates are calculated by dividing the total cost by the total load. In

turn, a monthly “typical bill” is calculated for a hypothetical customer with 700 kWh of load

(prorated in the “DSM-Focus” solution).

d. Electric Reliability

The ISO-NE planning reserve margin (Installed Capacity — Peak Load I Peak Load) and

Connecticut planning reserve surplus (relative to the LSR) are calculated to convey differences

in electrical reliability, which addresses CEAB Criteria I.B.
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e. Fuel Diversity and Security

We report the fuel consumption metrics that are most relevant to the objectives of fuel diversity

and security: the quantity of natural gas burned in Connecticut and New England all year and

during the peak heating season. We also report the quantities and percentages of other fuels.

f. Load Factor

We calculate the Connecticut load factor (the ratio of average annual load level to system hourly

peak, net of DSM) to measure progress toward leveling load by shifting energy from peak to off-

peak time, corresponding to CEAB Criteria III.B.

g. Environmental & Renewables

These metrics include annual emissions in ISO-NE and Connecticut of sulfur dioxide (SO2),

nitrogen oxides (NO~), and carbon dioxide (C02). The CO2 emissions can be compared to the

RGGI cap.

For RPS compliance, metrics reported are annual renewable energy requirements (state loads x

required percentages) and eligible renewable electricity generation.

II. DOCUMENTATION OF METRICS FOR ALL CASES

The results for each metric are summarized across all cases in the graphs shown below (a subset

of these also appears in Section III of the Report). Immediately following are the detailed

metrics results for each case (Scenario-Solution Set-Year combinations).
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Figure H.1: Total Going-Forward Resource Cost (Annual)
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Figure 11.2: Total Customer Cost in Market Regime (Annual)
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Figure HA: Total Customer Cost in Cost-of-Service Regime
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Figure H.7: Average Customer Cost Components (0/kWh)

16 Strict Climate Scenario
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Figure 11.9: Average Customer Cost Components (0/kWh)
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NoEe: Market energy Cost includes load at LMP, FTRs, adjustment for losses, spin, and uplift; FCM includes capacity and foreward reserves; capital cost in COS regime (“EMB+FOM”) includes FOM, net
capacity imports, and embedded capital cost of planned and existing generation; energy cost in COS regime (“FUEL+VOM+ALWNCE”) includes VOM, fuel, emissions allowances, and net energy imports.
The premium added represents an estimated additional 15% on the energy and capacity components, charged by wholesale suppliers of standard offer service reflecting quantity risk, market price risk, and
credit risk.
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Figure H.19: Connecticut Fuel Mix (Cumulative Generation in TWh)
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Figure H.20: Total ISO Fuel Mix (Cumulative Generation in TWh)
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Summary of Results: 2011 Current Trends Scenario. OSM-Focu, Solution
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Summary of Results: 20t3 Current Trrnsts Scenario, Conventional Solution

t0~l 100’ 42O0024,100’ (,o,40.Oo oO1r)200o, 000dodoO.1*,ooolo OOIoy,0. Cl 10(0330 I,704.)044s,o. 00y.ovP,,o ro,-o,*,o,o,
WOO,’ COOl,,.,, 4.4.4 C,0l0000024 3 40.030,04) 00

(20402) :2,01*1.( :01)0) (1.000) (00,1)) (01410) ((00) ((0)) 01(0) (00)0.0,,) :$OOv.olo) (OW)

307 04) 0111 0,200 70)00(0 04 2)4,051 .71074 4,221 8,00) (14 11 (43 (.0(0

110*2 Go)og’Foo,o.o4 204.1,40,1 COO Soooo*oy 1o~ C000000IOII

C4O0)COIOO~ 7(45) (l’1C404)OC(’4l (‘10.1,4010)0,4 C0000GV 00400 (‘7C47000fl700fl *000! 142 2170) 04,042(0000

o~~~cr ((000 ((00) .440000, COIl ACT,) CoIl: 0471 00010, OooOO( 04~.o. cool

(4)4,)) (700)) (400)) )$l*I( 2M( (1(0(3 (0034) (103.)) (100.)) (1)1): nI.,))

TololonJ*oong.CI.20704rCo.lIoCuuoo,lIoU(Olor4,1400$4oo,)

0074(44,,.,, 02147100,21.0 rurAl. *000,400 roosT.

.41)0,0’ 0011,0 74 ~ 4,14022* 724004 100140 ‘0.0

1,4(0 ~‘ 01)0070001 l’00072101 00,10*4 0000 n000nrn000r 000*IC000*O’OCOOO

(5(22) ($014) (5(22) (500)) (7(7,)) ($000 (404) (001.) (7(4,62,) :50.44) (70),)) (400)) (7234)0) (10,7 (70(00)

002*2.004.00.045. C04*7000070C404 20 C,.,o,o04o~l )Cu,4 ,rso,00. O.gl,07.)

~ 700 0010 10(00 4,OnC,400*0,

.1,4(30 11*0,000 ors*xooroo 04.0002010 40000 00001000TElI sYSTEM

($1.0)) (14,0)) (40).)) (1.000) (0014: (2014) (10.7 (0)0)03) (5(1,)) (40010

(.4,0(010 O.I0114)y.od 1,0*4(1400,’

0300,0 (Oslo.,)

tSO.NE EoWo~k,u. by SO,:.

1(0, 00,1*,,,,. ~ (440o,o, 00,0,04.40 2002002.04) 004.004. A)

(004) (004) (20,2) (oAo,( (1,0*) (0474)

CO 0505.208 0.244 4.041 4.044.25) 22.07 7.050

(0* 21.4 (0(10 74.474 (0.011 11.01,174 14.415 (0,440

0.0.0 45.70,024 704,720 24.401 45.344,745 227,374 44.424

ru.IS.0040171

(000 0.,04 Cl 00 0.0404 034(0000 Cl 00(20141 74.20) 20o~~o04o 140003.11000

0 4003 .o4Co*oo~ .2004447!

(0000) (00100) (74) 00405) ((0.0)02)

fIrS 04.047’.))

01(0, OlA100.oo(oo ~ T,b(0,,04o. 0l4(Rsl*,(1.(o. 000,10(0 Cko4(0o.,*~I1,, 0002,14,0 0,000(0. Ooooo.b(, 010000,,

(4.001.) (3.001) ((010) (1.010) ((004) (0) :1.) 0,000) ((010) (1)

0244*04 430.000 0.00,30 (4.217*00 70(01.0)0 (On (31. l’4 (.44)740 (.111.570 (2)370(00

105.140 0000040 2700562 24,012,440 (4.704.7%

4)0(00 010.00 004.40 4.024.200 1.30.200

O,7n1,475 7.404,00 24,422,014 221,174,7*4 444,077,452

(4.22(445. 00400u.o(v

1410404 I 44 0 030 00 °~‘~ ‘~ 0000 o04.oO 20 (A 02,3 00 40

(0.000) ((147,) (1.017,) (0(01)) (0011) (1*01,) (0041,) ((0(1,) (0*00) (000.)

00) 704,740 7013044 (000447) 0042,400 8,050410 2,200 (7730 3,0)000 (0,744,000 12,000,440

0*044 1,144,110 1,814.034 21.444,042 24,294.214 75.424074 12,491 4,745.480 55.741,504 74.444,9,4 l04,I$4~754

H-27



— ~
2

~
-~

~
~

:
~

:
~

-~

I

g
~

:~
~

-,
—

II

—
—

—
~

I
III

Ii
i

~
~-

Ii~



Summary of Results: 2018 Current Trends Scenario, Conventional Solution
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Summary of Results: 2011 Strict Climate Scenario, DSM-Focus Solution
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Summary of Results: 2030 Strict Climate Scenario, Nuclear Solution
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404(0007 0,04010 70040002 “(4714, 301.10(0

(Too.) (To’.) (3407) (3,04) ITo,.) (0,41,)

1*0.4 244(7,4*1 0,427 Il.51241,1954** 4371144.47l

2’, *2 0*0201 07

CI 1(0 049404 01 40 0o,,(.4 - - (00.740140 001’NO
0140.23)2.4 *l).)y.M ~ ~ )6*odoI.o.*,y 0,04,45)00

040103) .005.4 .,4C.t.ooy .040.014,

(1.0,9)0) (10.02*,) (31) 110.0,) (1000)

090 000,0.,,

000004,4 CIoo.)) . 01.0)) 11.04 4)5(01 41.~4 O’wb). Mloo,.0,.
0.1,4, I)1,440~~4,,, ~ 0,010,,,.,,, 00.14*00(9.12 0,oo.01.. “ oo,o..oo, Roo.,.bIo 0.0,4.0, OO,p),.~,

0 *04(41*1 9o74.002 2004*20 4,01,0,2 0*100*9(9 0.4,1,11644 P.yo..oN

(10014) l.0I’),( (0030) (0041,) :0000) 1’.) (31) 0(0(5) (0030) 12)

0307.401 0)0.4)7 1.420(00 14,012,444 44,440,244 141. 20’. 7’. 0.224420 1,447,341 222,147,49*

7.725.7*2 7,224*44 44.774,442124J24,944 117,924,2*3

CI 4747,001 2(1(07 24.21 .914 2.914.410 70.034.002 77.444 24.7,040 01.192.124 72.4420020 33(70240

120000) (230043,1

23015) 000434) (0041) 0.5(0) ‘0.3)00) 0.40’O( 40021,1 0,4030 (1001,) 0.0301 —-

T•NI7.7~,92O ‘201*44 47.2*1441 220*7.140 4*4404451444,4 *44422 *4370444 70.221,90, 414411374
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Sum***,,fI4*y 7,1,41.1114 *4 CIIIIIIIIII

1*4410*1 014,14*1(0*1 1*440.0111 *1101’ I 11)1* 414.41,011 0,31,46*111 0,1(447,44. (‘7 LSO4)CK ~ 1,11440.11)64 l.p*41opll~ (7,741(17*11 F4l(,1W177”l )( ‘1*1
0%11147 C~.4o,lLlld CI01OVII ~ 4:41..,17411) 74

(1.74440) (1~7.7lV) (MVII (50011 0,0*0) )M)VI,) (MIII 0011 (0707 (3/6)1.04) (50)04(I) 01)17

7*1.1 GIh.g’P.fl$.I4 *1,114114 CIII Sl,.1*,.Iy 1** CIII.,Ill1IlI

C,.411711* 0,440111(4 V1*45604M C*4*IFIOI ~ 0700IIO)EK’41 (‘7KI*57)(l7I(( C10114y7117*(I CTC.polVlIIII 441,1*070 TOTAL
)0,~1(0 0000 (Vol.1) ,V~VIC10 AOl’,) 040 0411 0*401*1144, *05044041

(101) (104) ISA)) (1(6)) (174,)) (ISV)) (1011) (174)) (61(44) (101*) (17.7.1)

T*I,l 4,14 VI 1813$ Cull Cool 6.14 111111 (1114131,5 ft$jI$I1(

1*441,5(7 ‘0* 014*41. ‘7 01441.5 01 04’ *1)0 7,5054 6016
5*4.4 fl107,I(1AI 1311071101 1*40*. COOT 511610111067 0070I,COST *VCCO6T

(11.14) (51(60 ($1.0) (17.0) (1141) (1144) (1746) (37.0)) (1501)) (155)) (1744) 504) pt10)) (114)) (*16W))

0117 017 .11 .111 (7 4 II 1,137 14.4$ III 7(0 411 1453 5,114 4.11

7*1.1.1,4 A.,I*g1 14111*44.7 CIII II CIIII,IIIIIII (C~I 111.041, 0.5)11,)

04.IOdOlIIlll. E50144.UCII( MW, )IOSVI 6PIC,.,)0)0C41
CIII 66.077,4 110,14411, G6)IIISITION 047101.6110 ~ TOTALEI’OTEM 4I’OTEII

51.014117 NSVCCOIT II650ITTIC054 000EIITs000r TOTALCOST VVCCOOT
(10(4) (60(4)) (1KV)) ).V)S1,) (1)14) (1(111 ISO,)) (66)05) (1*4)) (10447,)

41.11.11 Il.Il*h)I)l7(l~4 ,SI.)l*b4111

Cr110
101*1

ISO-NO 0*11,111. by SIll.

(TIll )To4( (101) (7141) (1411) (1,40)

CT Il,74l.17( 4,41) 1.1 II IVIII.731)1.I17 (.431

Vt VII) 6)5 13 7711111,111 15 tfl

7.).) 34,131,104 71,471 41.111 74,470441 14,7,011,171

01,10.1415)7

C0000,14,4010011*,l) 140)00160 0(50)74,411 ()~.96._sr *444444144 34.0)045050

1.5*47 00444 4)1 II .*iF€6~*t .4*41,411

(1,7,411) (4.040)4) fl) (004054) (54100)

Ill’S SW,I)OlI,

01451.44 0.0,)) - (‘VIII) 01*14(014(6)1 (‘1*44)) 061,0)1 01*1(4,
0.104. th’&,0.l*0,4) ~ OlIl)01I14)I* 344) 044,141)14 4*1,41)14 ~ “ 015181604 (11,1*001 6,31*50)1 01400)4*11

(5705) 10041) (50*0) 00)71) 15501) 74) (0) 0,017)) (00110 15)

4,41.71) 1,000,114 1.171.604 I).741.1)0 11,141.000

7,045,714 7,1114410 14,774,44, CIl,1,43J4 117,104.1$’

F,III)Il$’S4IT)ll$I7

1(41 0(04441.14 0y4004*14113 ~ 0141011141*4 0141.. 0I4)h)1C41)C0I 0.4,444 l’17)0() 704)0.1*04 flb~g~b* 744)01,1.441

0) 0)4)0 * 0 I 070(71* V 0 4.70)344 *11,00 1.7(1.4(0

1.1.1 7,745,714 7,044,111 17,7lS,$I,1444’,flt 0441144$ 114,014 144440 01371,444 74411,257 173,501,541
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3343,0. .2 IOn’ 6143,2611, (3341344337

56.JLRI’ 06003100 162432,114 0703’ I 04)8,, 0,34,4(0 011,IOoo.d,ols 041 lops)), Cr 13003CR 6710403(1302(114 (03100(042(01 Cp,,0670o, TRAI000,o

(00)141,) (85.0011) 10560 Q.B)S0 (MOTh) (0(09) (O03~ (0(53 Q,0l~ (1&W4.3.lI (3.W.7.(4) (03(V)

3333 ((03 30% 9(00 33)39638 31,389(0) -912(451 330 0203 340 43 01 (105

934,3 G3Int~~(‘0430)333176931, 305 (6)434333263

943)11323732 0 TOTAl.
969003140 03,40,00 V.,8b1,1V3,7.7 C84.,0’ ~ *PlCs2((00630 CSR’0450S,08 CT E8)4y0,~) *4003041)30) 40610)6990
(0,~Io.64 111600 (0000 ~‘ *(I~43, 941 flOp.) 940 069 6386.046100) 66.~,O.

(3M,)) (33.1(0 (3011(1 (3110)) (100) (300) (40,)) (4560) (3564) (300)) (15.0))

Tst.I ~lJ 0.10444 1%,Is0,T 03.3 SOC 143041 (133.134,3 R.31m.)

1432’IMP (‘06195, ?S%CO.OSIIO 5 4695 C16330 GENERATION 3.3433640409 RPOC0,l,00C.4 0030053 *V401100
0.00404 11.6. 14.84 IVCCOIITOIS% 3VCC06T41134 *4031)0010) 301801133 1V3T403
10409 P1326331(33 37020113)fll Rs.~o. COST 33i%ETIT3COST TOT*I,COST AVOCOAST

($3.4,)) (30)4) (111,6 (3000 ($056) (3034) (3011) (3050 (40)01,) ($11111) 130)6) (400)) (30)0)1) (30,9 (CR101,)

T,I.3 .3,4 A3..,,31 09,3,,o,o 94~33893,01.03.7,3(90.3 .PSp,,3,. 334000.)

~ ~ TOTAL AVIRAC.E 31533434 0P3 C98 000.’,)

3399039 T00’CCOOV OEN3FOTSCOIT 3IRTESIOSCTOT TOTAI.CO3T AVCC004
(33.34) (00)) (30)16 (10010 (15)4) (303,0 (40)4) (30)011) ($3.0)) (10)0%)

93204,48 I3.II,.b44ly.,,d AT43l4b308

~
(0.003)

ISO-NC EmI~Ioo, 113 70033

344)000 ~ 1814)001 11009,03 13015(3, 003(00%

5034) (104) (16933) (SOS) 31030) 1508)

90 11.013,911 5,051 1.396 6,343,334 03.615 (0.003

5.l.141_174,734 33’.1313$.137 10,370,344 434.446 42.174

‘412 3.TIIlly

CT500.00349300042634 . 136.06710 3103(0
3)438150(3 .V4~oo ~ 769) ~ 560.038)4030(3 lAo.odol4 .44004.03)4

l’.lsoo’o 01414 • 434 F1~ .344014(0)

(113.263) (115600) (‘.3 303.00) (00103)

3.3.6.3 (9 13.317,111. 46)14.731 371. 52.30.331 13.10(026 362,334.451

3490 SlOl)742l(3

11100%) (0009) 0009) (11060) 5.004) I’.) I’ll 0.631,) 30043.) (1)

1,102.132 0326,202 14.312,342 333.694,314103~26~44

93433)33023000.34

0,0,269264 (1704041021403 )Ad0,,.,.33s 1120,) 0.. 0(4(3). 944(56,) 0.34049440,) 1432(02.004 3 044(033332103

0009) (1100%) (STOOl 0.011,( (5.01%) (000%) 0001,) 3(511,) (00011) (00111)

000 3.084,340 110,300 3.101,40 11333.080)3.313.725 3.430 1.403.100 (3.0)030 35,174.20 07,331,356

VT 3212)0 441.198 1310000 0 2.3)0 3.330 0 (0.10(3 1)07.00 4.0303

0200 1638.103 2,443444 31(314,133 33,347,443 44,335.432 43,032 2411,114 14442443 73444.143 311.693,212

H-49



Scenario, DSM~oous Solution

02T,01an *5 key Para,,o*l.r. Ii, C007,1004

p*.0L~d0.IA( TA.)E~0~7 0.0*) 74,IC.041,17
2.014 LOT 0,00,0.010W L05AT*.(1l. 00049 OSlo,, G,,d,407d,,L ,J,00000IT 0,110300 (iT (SOC (CO ‘~“ (07000)0*41)0* 0050)0100, 0.710)17,,, o —

. po,oy C~Go,0 Loud 0,1(0* ~ 4,00,. 10p)05) —

(51,00.1’) (0(1)07,) 00011 (0040) (0040) COVE) (001 (0.011 )kPA~ (tVW’O0~) (504(0.001) (00(V) -

C.OAloV,*, Fo,JC,200 V.o,b),V1&M c~ I ~ RpoCoo1000,IV7TI00OTI000,l 00000400p,o 070*y*1*7)OIOT~ TOTAL
(0,c0o,*d) 1)000 (0)000 “ 00,0.0,5 CoO AC?,) Cl,, 01*) (‘11*05*! ron

(5044) (004(1 (5000 (100!) (100)) (10)3) (tO),)) (00)0) (104) (tOll) 1500)1

Total ~od 1,0,0*50 C.ol000r 00.110 C000sAjo,t (tta,ldol Osgioss)

101)00001 MIOOO0I~ TOTAL AVERAGE TOTAL

Lo*WLOI? 00)0101 (000,40,0), ~ “1T~ 0740 0*0040 000 0V00(0200 0104 000 0007 130)0 (13200,0(0) ~ 00050000

L,ad) 0700”1tIiIM 0300*11101 00007*s - COOT SL’2000Ts005T TOTALC000 000CI05T

(tOld) (004) (503) (100)) (totAl (tOOl) (0344) (tOt,) (50011, (10,1) (LA) (540(3 (00010 (50.00 (tOOl)

Cs(s) sod A05o45.C(1stsoo.000SI IS CsloOsOIlOl (00*0 ITSSOTI* 05gb,.)

T*S*JO,,00,, (405004 .0001) 00) 000,0 0P00,~4)COCa0
CoO 000.00,) TOTAL AVS0005 P~p.o, AC?.) .IVOOAGO

(SM)) (0.0) (10)4) (10011) (5424) (400), (*004) - (51,00) (thAi (00(10)

(.05) CT 5,2*5 4,25 010 (00 dli LEO 0422 ~.4T

02.12,00 R.EsbIEty sod OoablsbdIIO

0)040

(03) (000)

0(0-TIC Cm(obos,s S~ Slat,

TI,. 0*001,,,. ~ 000005. 0.o,~,,.00) 000)01.00) Cso,o,o..44(

(0)0.) )T,o,) (0,0,) (010,) 0000 (0,0.)

CT 0,00,00) hOot 0.113 0105.71$ 10,ST4 (0(00

T.O(3SA5Jd$d 211,547 10.442 74,534,0,5 74,771 42.405

l’aelSSooOy

CO 04 0*5000 CT 00 0~.o4 T.0~~Vo 1 00*00 00504 0047 010420.00000

010050 03gb 4)11 00074.10 04,0,701)

(00(1041 (07)0003) (¼) 00.000) (00.0T~)

5,750.031 (0.204)01 0(750,000 1(11 72.042.056 00.0(4426 000,10(152

tll~S 000m*t7

0005.0*01 0,1,4) . )T.lsII C001 2(~,(1s (10.0062010 4240.40,
0,0,a. )(OA,002ISA0S ~ T40(O!OCAOT 000045(55(0 6,00(100 0,700*00 0,0,0.007, 0*4SoOll 2000500 005(0*0.

(00)1,) (0000) (0000) (6000) (0000) (04) IX) 0001) (00)0) 1*)

2.020.410 6)1.002 0)42.2(1 07.0)2.050 (0.IAI.t00 ((1’, 1¼ 00’, ),ITI,5(0(,1(0,250T5421,000

(.015.410 010,230 110(0 01.041.0)0 03(0052

7,700.744 0.543,274 24,476,052 I24,l44.742025.207,l40

Post 11*515 047001*,)

(GO 2.100 ((O4OACS,.l,0 O~),o 00.101000500 0.100(0* 007(10, Vo)01( (0001,0100(0,1 1,0*10., 000,) 104)000005 10510420007

0 (0000) 1,1)04,) (0001) (0011,) (0)00) (00011) (00010 0,=~l0 (0040)

70) 615,0(0 7.011.0(0 (0005.51) 0(54.70 1.244.550 (.400 000.10) 1.030,100 (0,102,040 01,014,040

VT 347.11) 44(40) 0.272.010 1, 5,510 (.300 0 ((1006 0100520 0(30.205

‘5.4) 7,502,505 4~14.I7O 17071.7*0 20370352 42.704,72* 01,362 5,111415 TI370,12211.507.S0* 124,042,112
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S2ssssrnory of Results: 2013 H~h lTueI/Growth Soeoorio

41 2<27 P.n~o3.4, 322 C*ss,241o.43

44.4114.470441 0.4)7(404) 7404) NOC.7~.,ty
37.4417.0 (0o~~o..L0W 1.043.44.. 007 101 (~.. N4.dV.04..l ...44~..0. 0(229.... 37 174* (CO ~ 0(224.77. C.7:000((. ~ ~“

(97,00,) (24.400) (0140 ().0(1,( (NOON) OWN) (7001 (3.001 1400) (90*00(1) (00(0.4*0) (OOV)

1.0.3 O.07g.Fo.s.*o44 R,.oorc. 04.3 0000,.,..fl 1*.C*oos.oOo~3

C..No* 3.44049 V.1,010404 TO.) OOS004(O0C.4 (77 IOo970.(o( Cr 0.ogyCqoo y(opo7 *4407.. 037(4 317.499
(0.p(ol.o(0 (700) (0010 *O.000.ClO 0<7.4) 0047 0,4 0.4.4.30.04) o,.....

($94) (1000)110) (5(0) (90)4) (900) (910) ($10) ($134) ($04, (5701)

ToO,2 .1,4 019.04$ CVofoo..r 00.240 C0200.0142204 152,00 R~~N7s~)

FT0.7,04~~ 0*0(6722 TOTAL *3’$,RACT * TOTAL

14.41.04? ‘0.0 fl,,” ~ 0 0460.4 74 77)

Lo.O( 2’0$0133V32 7.0093052 04400. 0050 RI,NE005C050 005410007 400C047

($714) ($144) ($942 ($00) ($044) ($000 ‘$00) ($00) (.0,1,) (404,)) (5444) ($744) (70*7) ($5.0,) (COWL)

14044,04 *(~l’fl~ C. 4.o,,.rCo.2IOCO,o.0$40402 (C 2,IS.C.To. 0.~4~o.)

~ (*0.44440.0 TOTAl 00303*041’ 00.1*2 000 0.0(0<4’

($3.0) (500)) (200) (40<00) (100) (400) (204) (COOS) (4002) (4*00)

2<3.0.10 21s34.54243y ..*l ,OnOaO*IIy

(7000: 509

(7.) 07(04

NO.7(2< Eo,14,)..o 20 03.44

50* 0*40*0, 0~*:704; 3000,4., 7.140000.00 060000010 0400073.0)

(7444) (1400 (T.4( (740*1 IT.,,.) (7,40)

CT 0373.34! (50(7 3.173 0*41)14 37.3)2 4.4(2

O 7.037.777 II 33) 2.343,703 (3 34)

7.7.3 50,421,40 244)31 21,449 52,00,774 30.04$ 43407

P4,20.403117

40* 07 0000 5360 30 60 044 — 443 6074*3(0
74304.77 *49*4 “ .4431120*77 .54044*0

(7.000’ (00,044) (74( (05.0O44( )4.O.7073(

441’S Noorl.,o

0l....4 400,04*o.Co, Ro,o.0(, T0403474,,034, 0.6)0,01(7,0. (4,0:0 ~ (0,0.00(4, 017.0,00, 014043(011 010.00(50(1 007.0.

(0000) (7,OVO( (0000) 0,705) 4300’) (4) (.) 0,00) (000) ($(

337.0)3 40,03 330.140 3.730.997 7.20(347

7.70,444 0*77,470 13.471,04 4*1,444,700 243.924,457

(1000) (0039, 1000) (0041,) 0.701,) (7(041.) (0000) (001) (7470’) (0030)

07 237.00 443.4704.079)00 9.7(7 (.440 0 (0.040 3340,00 3030.170

74,3 7.541,924 4,777,4*4 27,4444443 47(179,444 47,143)41 44479 7,447.770 74*01.900 74,217(490 427(444)44
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Soommooro of Resolto: 20t3 Iliob Fm IGrowth Soooorto. DSM-Foeoo Solotioo,

Sum,oso~,fKcyPonoo.Ien3nCoonoOcoI

)¼000440llIs) TsOMOo.ool 100) 001.5406 -
),204L04’ 000,040,000 10.3 F.,1, 05030)30)40, 5),,d,4000.00,,,,,o.*), 0),.p,Oo cr740,110 ~_ ),o50245q0)0, Cç.o,30P,03 04500,0.,,. 3* ‘.0

503005 040)003,1044 1,010)105 ~ d.om.lpol.)

00044) (5)0001’) (0072 (0003) )00V0) 0.004) (7.0)) (070) (000) (7.4W.10,) (900.00) 000)

(010 (0(0 101’. 0)01 00231764 60540.17* -0*01.134 7.204 7.25) 00 42 07 .500

ToOl CologI’onoord 33,oouo, COoS 0000*oo.4y

5,15 ~ ~ 403(10)00).’ 0040 0040 ~~
(3044) (314)) (060) (5500) (500)) (400)) (9504) (3133) (3502) (904)) (300))

1.5*5 nO ,lur.~, C*o)oo,,r 030th, C,n.,50s,l (03*4040 Roth~(

1004’2.00 (0)4400,,. 0.0*00440 (0,, 0(00 ~ 040404106501 000043000 010~)0~ 0040403 4V0032314

*00 ‘~~‘ ‘01047 0* 005 4305 00 30 ‘3 .4., 3110 0071

(004) (500)) ($04) (400)) (9)4,)) (004)) ‘90)4) (SM)) (01,006) (904) (31)4) (3000) (500)400,) (904)) (30011))

0,720 440 -(4 .00 14 0 07 4,103 34.40 000 225 339 1,45 0.334 3100

104,5 .44 ,447*0070’04141,,l’0004 I,. C~,,s,,I01,4l (C*.I 330,4.5,, I*,g00.)

~‘; ~‘~‘ ~ ~ *40.07 054104)0014’

svecoor 0195’CCO,OT 40005T01C000 0074403TReo0r 70323.C401T 000COIS
(3044) (014)) (30)0) (300(0 (400) (07.4)) (0034) (lOW),) (414)) 54000)

£t~4*44 R.44.h)000.s,d .06*15.005

(50000 03.0..

(0.10,))

*00-NE E.0,,Io.o, b~’ 05,3.

7414) 104 ~ Too) 00, 7000102 000217, 7,7100,,

(5~3S) (Too.) )7*o) (141.4) )0so.) (2,4.)

MA 02.00050044.000 20277 72.007.43) 44.405 24.230

2 7.034.277)4 *41 5100.503 23 347

7,4.3 04344,335

3000 .3500 004.3 04 — 0. 0. so, 00.0.4
F.h~y 0040.0 * o41F,0,o~ .2420200)

(17500) (00330) (11) 7.11.004) (00.00)

)0,147,340I5.240,035 04.445,403 2454 *0731,744 20,07.433 177.404.010

£75 SW.lnn.y

4,0,03,4 00,04) 0003.3)) (143.) 0)0)0)4 01.00) loch), Moo.,),.
Ojo.. )))0.0.o.o.o,oo ~ T,b)2,oW,1,7 To.4)00447.)., 0,400),. 0ooo,o4h, R,~o,0). 4.0,4.4). lo*ph.os,

(7401)) (30303) (0003) 0000) (1003) 1%) 0) 00000) (4004) (0)

.24(240 4)3.230 4.544.0)3 57.726,00 05.40)0)5

7,704,342 4,343340 41,940.412 147470.010 40,201,474

Foot 1~,~to 0.mrno.y

(0040) (7.003) (0400.) (0004) (7.004) (00(1,) (0010) (0000) (0001,) (0011))

11) 700.004 2,0)2.00 (4.000,470 4)01,440 4,000,350 020 203,400 7)74.403 4,043,040 04.0)4.704

07 334.720 110,37) 4,064,643 0 0.640 00 0 004)) 3,044,424 5540,002

5.0) 7,344,042 4,532300 37,245343 40)03)0. 44,074,944 41.470 7.701,700 34,722)20 74)04.004 407)14,070
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Sumnlarv of RcsoIts 2010 IIk’h roII(~rnw3h On’nl

SOS *3’3’41313fl.$41O.3,3,I3l C’o,nSflIooI

((3114,031,4,1 TO,) 0034T TO,) 310 C.pooy
1(4011(40.001,4(411)? 1,4.43.044 000’)3,k,4 3014.0141040 Oo,o).IioW, 110)034413 ~ C.04.30 )404goo~ 1’.p.ofrPo.o 00.11.04300,

(SnOW)) (31)1W)) (001) (0011,) (MW)) (MW)) 113W) (1411) (104) (SMV.Uo) (S.1W5.I~) 3.1W)

TOW G*h,~Fo~.~o,,J 03.04,1,04*.) )looin,y 3,rC,*o,ollo.3

0014403)0.0 F~,40&1( V.,~1)o0WM TO.) RPSCO4O AC,’ CT) ~) oO CIE~,4T E’aO CTC.p,MTIM100 3440,11 ((3M TOTAL
)104b.*..0 11010 (0013) ,6)loo.,o,Oo. 00?.) CO. 0,14 ~ 114(4,441 Cos-r’

(3134) (3141) (31)1) (315)) (510) (1011) (36(4) (3M)) (3340) (36131 31)0))

Tl3~( .Sd *9(349004501)30,041,1 IS 1,00.011)0 (03.3*0 R.goo.)

LOW’)))? (Cot),, ~ zio~.. (4310 000000(4 001l01010501100W01 RCTC~1(00C,0 ~ ovaoo’.o
‘~ t,*.,. “ SVCCWOTOISII SVCCOST.IS11 044,41901W) ‘1 1100(40105 0003003

L~4) 1*5103003 10303503 I4,,~,*.,, 05r SEolEflTsc0547 TOTA(.COOr AS0COAT

(30.1) ($041) 13144) (SAW) (SM)) ($1404310) (31*4) (341(1141 1111.1) 1301) (500) (y14194 (304) (30)0.)

TM.) 900*35.055 ()4003033.000 04) Cooo.OIo.l (C..) o3S.o,Io. 3l.gh*.)

0034* 001,34,4 C~0 9STAt. ~ 144,, 1,000 3311C04)T0.C3O 1)011505

9(100019 05910(001 1100.30130003 OOIO3TTOC050 00(0)000? 000COST
(3)44) (3144) 1304) (30)10) (350) (301) (3134) ((500) 1311)) (06014

01.30,9* 6311,419131 593 **.ll.blllIy

3)0.1,0 EoO.Ooo, by SIMS

900(4101 ToO) 310 TOO) 1103 14.) COT TOO 10 100)01(0
103 1011.44,. 1l..0040.3 115000,0. 0.0040.413 ))o.401o30.,W( 1444540.4,1

(1044) (140) (Too) (1.0) (To,,) (TOO)

1107(330)3 4.734 (045 1.111.111 4.431 1010
10 31.30.134 37,100 1(04)0 7).5W0079.7lS 10,3))
0) 1.1111)1 14.5)0 1.10 14(5014 03.34) 1.131

0.01 94415333 (46.317 31,10 0.304411 044364 43465

F~I 0.05 11,

CT 710 009(4.0 Cl 7(0 0o,oM 140(10110 Cl 34.1110,1 130.3(000 (3060 003)11041000

(01100) (00405) (11) .1005) 111155)

43334 Swrnont,

S..oo.,.,I3 03,.,)) ~4,,, 11044)) (141(104400 11031)01410 4,0,4,l,,,
1,1,,, Uo340o,,0o,. I0o)0,,o,,ll~ T4,IIWI.i)3.lo, R~,o.1k, °°“ °‘ R,,o,,b11 630.0.1(1 ~ C~pI,.,o,

0*040,04) 0(1101(51(00 ~‘ 0(3444(4404 0.00.40, 0,4004(0 PIT°’I’

(1006) (0004) (6010) (00.10) (511471) (1’,) III) 10(4111) (1107,) 3)

91.1)) 0 (1.1)3 3,100.411 11.105,010

1,4.44,00 7,149,014 10.147333 313,111104 045.07,744

0.3411) (((4411) 0(447,) (0011,) 0.4110) (9.001,) (11011) (74(16) 13.0.1)1 0403.)

340 00)0901 (0)1.11) 0 00,144 110.016410 1114 .4)5)0) 13,99(134) S.701.9llI111’.0..T0

1*54 1.0)37,150 1. 307,310 01(414.100 4l,771,713 51,IIAOSO 45344 1,41031401,1S*,774 71,175.OS$ 007.515400
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Soo,,IT<,y 05442(5(54’ 1,C4.4.4,,Oo,2

Ps44LJUS)V) 240)60,0(9 240) 24,(C.3444y
L4,d1004,V,,.0003.V’ to,) 0.0.s (SM’) 35 IV., 0,43,40245,, A,s,,.0,oO 7(0) 904 (‘2 1604)60 3 “~‘~ )*wO04pO. 6.9.0004), 00.5(4,,,

*30469 Ao4~,,LV.4 C0000,M ~‘ 4.95.09.51.)

(509.4%) (S0062,) 440.9 (004%) )&0V) 3.00.) (0(44) 0.70) (MO) (5140.44$ )50~W.M,) MW)

T4.4 G.24)5.0002,04 0.,o,r., Cot Os,,,,, fs~C,S,,s,44,o2

(•,,~fr( Sod 44534 Vo,S(sO&M c TO.) 0C4CO.0(064’CTCW,STl.T’V CT (3,s,~y0~,,( ~ 043404471.9220 us, 4)04 TOTAl.
900) (003.0 “ A)o’.~C.,0.TCP4) CV,) CV.) ~ Pov.*s

(50(1) (510) (206)) ($300 (SM,)) (20)6) (SM,)) (SM,)) (404) (5(46)) (SM))

23 (44 25 0746 029 (I) 47 .30 .3) (43 5.544

00043 InS 0043.55 C’,4,IossrCol (45 C540*S61542 (04.29459 R.gOss(

0.)A,s,.,. 04444,50044 TOTAL A0524001( . TOTAL

to.CLT,O’ ‘440, 0. on,~ 3) ‘~“ .9414 506444 51ST 512(0

oM (047 CoS Md to n or

(210)) (2244) (SM)) (SM)) (510)) (1643 004) iSO,)) (4236),) (SUM (SM)) (SM)) ((lOW)) (SOd) (7.0640)

TM.4 .5) .09,445. 4$5.(,ms, 00.44, S:.sos.24.s3 )C*.7 950*0093*039(424.)

Foo,,)9,.,,o.~ .009(0 004 O00CV,4(03C49

(5(04) (504)) (500) (50000 (93(4) (20)3) (50(4) (510%) (SO))) (300(0

(.334 5)3 5,445 tSR (144 2)) 4*1 4,45 5,0* 0*7

6)4.6413 0.404)04, s*d ,is*0k0467

M.4~9 )0,10l)

(¼) (MW)

400-06644,504,, by 06*2,

500 0o,o,,. ~°‘~ 0oo.o. 0074~s,3() 9o4.o.4o0( Coo6~,0)
~oo.dC,6s ~ 004,4.34.4, (040 494, 070

(2695) (TO),) (To..) (TV’.) 3,0) 40’.)

07 (4493*96 (SOT 4.049 ((.4(30) (4.624 0936
024 3,244.93) 4.453 9.04 9.342.22) 3.119 2)23

0) (.647.2k) (4 (55 (.647,35) (5 264

Ru .4 0044 407

Z’~490~7~ 34.20200 91~904~’43 000.74 0004,9 24000444000
~ 415444 50434040,7 .9465510)

(3.2(044 (03.05) (24) .02(05) (0005)

2505 000000

0,0(4054 00.,,)) - 4(4,,)) C0o(0)~,S). 0)40(3(4,5). .00,4,444
0,61., )),W,Voou)os “4’ 3046,o,6(o. To.) 9,44,15,4. 4(0554004 °°‘~ “ 90.0.6),, 0,o,o,0). 0.00,0), Cosw(so,s

0,0440 .5204)0 0,00.504 0(000) S’qo.20’4 Ooo,t,5) 000.0,9 (03440

(0090) (3.301,) (000h( 0090) (0040) (14) (14) 04)4%) (6000) (5)

0424)40 6)130 0697.440 40.22(320 (2.414.2(1 20)1 (7(1 3% (.30.40 (374,5)9 4)4403,9(2

((.229 0 23.932 29690(50 (0222.624

7.427.0* 2,42(44, (4.444)44 244.4*4,40 . (47,545)45

22 2’,. 5’ 0444222445 27

200 (.3... ((3.0,4.04040 400.02 64.20.04.404 ~: (0004.0440,) 0o47404004 T40)0.,~V3 ~‘~~°~°‘ 340(0,044,0

((4490) (0(00) (3.040) (309%) 0.04%) 0400) (0(600 0940) )2.00’0( 0.000)

00 (35(5(0 (.0)0,940 (.0(0*30 2,229.040 (0,704)) ((.0(6 00)2)70 (5.346.5(5 20,04,224 ((304.930

0 0.20 6 4 0 3595.50 0 4 (.591430 23.36 (.000)0
VT 420,4%) 44)119 5,924,391 4 (0)22 (.10 3 (003 0.369.T(3 (0)9.9(0

0,0) 9,455,570 7.131.254 07)74,74, SI)IS3TI7S,457.2452%074 4,275,735 7*15*7(254 74,5*4,552 (24,4~4,Il3
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S mrnarv ufRelults 2018 H glr Fuel/Cr It, Scenu o Nu tearS

4.044 0,o,.io).00! P50,5 000’)OSI,o VAC A), T6)s)sO, )‘TLOTSCCO ~ V4(M,s~,0. (0)?iss P8)0000,

(SOAW),) (MOW?) (MW) 9,701,) (07(70) (MV?) 950) 0.00) 0?)) (510)04.0) (59W4,i,( 000)

TO).) Gs)sg.Ponr.rd Rr*o.rrr Cost SW..,y tsp Cr)oSs))sO)

COUOM,,. P0,40504 V.4)00004 Th~( 0900o4000ss 9100oflsp,0 Cr000.VMn,,i CTCSr0Sy)rp~V OdJ.,k,0r0) TOTAl.
00 (0007) Uos.,~ ~, AC?) ~, Con ~ £05 0014

900 (54.0)) (500)) (54.0)) (400) (00) (SO,)) (SO)) (5500900), (04.0))

775 440 40 (.544 2)7 7)5 7 (.062 .7) 606 29)4

Tb) so) Aoin~5r C,4s)~o,rp Cr,) )o Cso.O),o)(75.rk.4 R,~th.,)

70004,., 09,4059)0 , TOTAL 00400100 + TOTAL

4.4.41.6.0 ‘0 “ 0) noon, 5) T ~ .0 WA $01451 ~ ~WA
~ 9)” pn~TT ~ 40~ ~‘~w os~ irs ~a 007 005 04,

(54.6)) (SOd) (50)) (504) (5)0)) (SLOT (SM)) 0,00 (54.00) ‘SM)) SM)) (SM)) (7000) (54.4. V )flWh(

T4),l 50) ASor,~r C544)+rO.rCOr) )o CroorrOsoS )C4.5 sTOrprior 099)5).)

~05,0000)00) TOT U VIOSAPS 04)0)0009 004004000,5

(550) (54.00 (57.0)) (4000) (Sin)) (SO))) (SM)) (4407,) (504) (4001)

F.)~on)s no.0444, .5) Aosfl.b0(Sy

(70000 O,,ror Top(
4 (0,0+,))

(1)) 010)

100-NE ESASVOOS Op SOS.

5(0, Oo,rr,os. ~00~). 0,..o,,s. V,s,ss,r.A0 000*0) 09)05050?))

(7404) (5~r) (108) (7+08) ‘1+0) (54+0)

CT 036)105 (4.0) 644) (1)0(70) 15.244 0.055

0.0) 74945,545 04.1ST 54,405 40547.454 844,547 55.45)

For) Srronl9

00000,4 5049)7504 T0)~0~O 00402 0T5454)7)4O..07 Ms.o4~hdy
0,0057 4450) .odP4S+o~y 054)700

(5.4455)) (044.00) (0) 00)08)) (0000)

OPT Soonosry

5 )),ASAsoOOj,o o+o~o,ooo,o 750)0,0)0)0 ~ C)444)54740004. 4,00* (‘1.ss)0(irAr )‘).4,00.wO, 00,0*0,

(0070) (0400,) 00(0) (5040) iTO?) (‘7,) (0) 0760) (00(0) 5)

4.67650 5(0550 2,557.60 40.5)0.4)0 57)70.7)0 50’?, 0% 3% (.76.7.070 (.00470 )543O&2M

‘.ddS,7)5’,s’0440 44,45)475 447,5)5,952 44~,52t,75d

(0000) (OTO!) 004%) 0.0)5) 0.765) 0)05) (ITOh) 0000) (0760) (MOO)

050) 7.844,7)5497005 47.747)05 8)477.8)4 45,455915 40,574 4,044.445 73004)5 55144,555 447,955,544
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(00400410(001 ReCoils) 2(300 l1i)yh FoeI)000os’ih Scenorio. Con0,enli000i Solotios

So.o,o.,4CIK,y P4nmOI,n I,, C071,,1(41043

4440040 O,00,.l,000W 0*40*0, 000 031,., 0,4,4d,MIOI.14,olo, N.Ill,p~I. CT 1.1441CC 00 bo~~,1*4 )OpO,4)144.I0. C.p.,ll.Po,. F0*S0.00o1,

(90044) (10010) (00.0) 0(1*1,) 0,010) (0,000) (0,4)10 000) (XCI) )1lk)V44,) 90*00,) 0011)

no,) C0o3.Fo,,..,I 1014,3*,. (10*3 Somo*,, 3,, (143,0,00,,,)

44) 00*1001% V.10*0,1.0001 1,).) 040CoI000.4C7411,1471,r,ol Cr 0*04,4000 ~ Cspolyl.)on .~,, OSM TOTAL
10,15*0,0 0400,01 oVuM) Ill AI~*.c,0 0111’,) 004 111,0 0,00l.pI*, ~,, OLS000CC

o,oo,o,oI,cr 0044,4411*40) (1001

(3004) (500004,1) (SOIl) (CMII 110)4) CXII) 1101) (CMII) (ShIll CXII1

T&)*I .3,4 4,3*3, CV4doo,,,C,,l I, Co,o,.04o44 101.04.4 0334l(7)

0.O’000 ‘R’P ~ “ 41ofl*, jI ‘0”~~ 50,0* 0*00.40 04’ 04050 0’ 344.0

03*0 51(000)0110 P0411)101 *41,0*, 4000 CENOS’OTSCOS r T040I,C0011 0(0000,1
(SM,)) (CMIII 13)4,1) )300)( (5)44) (37.01) (100) (10,1,1) 114)00) (Cud) 00)4) (300)) (74000 (1010 ((*141)

00*4 3,14 Ao.ng, (109(0030 Co.))., C,,o*04o4 (Co.) 030,nlnO,g)o,,(

~ 0*0,44,40,4 roth *~i*.os 044,1*07)4 )IPOC,l.400C4, 11004(10

(9)44) (50.01) (CMII) (1400) (CMIII (301,11 (CMIII ((4,4011 (40.0)) 1)00%)

r4,,od, 0100.410)7.34 .so.)I.bIo)y

01,040 0450))

ISO-NE (141.,),.,, by Süd,

044 ~ ~-l~ M4340,(IIVIOIO 0,41, 0,4. 0404

54o4) 1700) 110,,) )7,*) 040,) 10,0)

00 10154011) 10,4040.103 54)7,4)0 10,7)3 0.040

4*10 5,0040(3

07000o..od00(I00*,o4 . 00045000 1(0510 7 I
oTho*I1,I4 .110).od )S,o4 0.1.1000, ~ )10041410).V1*7 004040)0) ~,

0(1,007 01400 .,,) 0.1.007 .odflog*4

(00.1011) 1*0(5)41 (‘.1) 004591) ((.014134

RI’S Swo,o*sy

,*,~*, 14 40) 10 07 114 041 ‘~ 1* 144 4*440 C,.,,

(0001) (0,001) 00,0401 (0,00)) 100001 I’d) (14) OSlO) (0(110) (1)

0,5)0400 ((0,5*, 0,140,00 07,01450 41*04,0(5 2701 4014 104 (.0(7,440 (.457,001 7044)0,400

1,,i 40*4,0,4.70.1(0

0,050) 10,54101 I0,l’dlo) 174110,1 (0.01111) (0,0.11,1 (1100111 (04011 (0410) 0401,)

0,11 (4)0.550 1.4)5.400 5497.3)0 )(,21(,3*O 0001)040 4010 ).497.44055.50(.700 11,017.170 43,0)0,570

47 ((I 540 441440 (0)4470 0 4,1)0400 110(00 0 4,I5V(1(00(0.000 47)5,7(5

T.,4,0,544.4015_13l.,40 07.147,343 44,110.440 34.4411147 0.004 0,30*,404,(.24247714,,1747@ 37,343,707
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Soo1n90ry of ReooIls 2030 High I~oeIiGruwth Scenario, DSM-Focus Sololioo

000370.416 *7K.y 0.7103,9.9,31 C43,o.otIo,3

1,04107’ *0,00,107’ IA.AF.00 00MA3I~. 004,400.0 0*0,10 0)40,784 CtL391)CO C~P400 (9378,0(000. (743067700, 0340’),, 14q0*4024

)00)’4’4) (30000) 004) (0047,) (0043) 0201) (07016 (030) (001) (3,00.00,) (S4IV.0*) (000)

Tot,) 00I,3.F0,..*4 10,3030,. (‘4.3 0141030.,, 7,rCoo0*,10,,,4

C*(9U)C417700 crc. ci TOTAL
c004440.,. 00,4(0404 V.oOI,0003 . . Tool (00043o4(R*C44CTTo,gy),007 CT0ot~y0~oo ~400oO,0001

(0003) (0000 “ ~° Mo (00 0(70,) (1(4) 6,4) 0.00.0.000) 020.00 ‘coor

(30)4) (33,0)) (30(41) (30,1) (40)1) (30)4) 44001) ($001) (470) (900) (300))

77) 410 33 3,))) 700 376 3 .4,30 ‘(00 272 4.973

ToOll .04 40(043, C’4,0*9703,C4.9 401324022441044(1633.340 O,gloo.)

10341300’ 10 ~ (00.4 7) ~ 3299014 .o*xon 01 CO~0C

(304) (3044) (2044) ($00)) (303*) (300)) (30)4) (30.3) (440(0,) (30,)) (30)4) (304) 174)40) (300) (34W),)

16,3.31,0409.4.3. C’o*tom,, Colt 30(007,004433 (to.) of 0.9,7,. It.ilrn,)

33426140,0(004 009(4,4 2(90 (00600 000(040.0(740
CoO 11,430003 ° ‘ 00703. *0031000 (0.0304 *Cpt) 26033*04

(602,)) (3001) (303,)) (40*16* (900) (30),)) (30,)) (3406) ($401) (4403)

0203441,34.0.4(0)7334340344334007

040(8

000.0K t,74.o4o, 47030.

(78,) (010,) (1084) (7402) (6043) (0484)

07 13,130711 (1)10 7,0(4 (7)00,747 02)40,474

73,321,077 71.344 1O.t)3 73.343.041 77074 10.033

a (.3707)3 21 24) (.17)90) 23 14)

0.4 0,07,090 434.403 4(044 *0,613,403949.343 43,774

Fo.I0.o,olIy

47 047304 ~ ~ 00~4oo 47 040,04000
3,0~,y 04,04 .840*0006 3~44l.o4

(3.0.340) (08.0)0) (¼) 03.0)0) (0.026*4)

3001 Solo,,..’)

0t(90*433(4 4.30 (0,,,)) ~, 11.3,)) (1.44)0(3(344 (1.4,)) 000014 .IJ,,7028,
(4)0*4 l))4340,08.0 *024302 1044(400,102 1,4*I0.0,(3.I4. ~ 0.~o,,t 000.0(0 6404300), 00.4.0. (04701.3009

(0020) ((4)20) 0020) 0~6Th) (0020) (74) I’!.) 4000,) (0020) (3)

7,747.343 7.310,134 93.304(343 130,401,979 949.317,414

04(031,3g. 94030.1,

(04016) (0020) (0020) 0.020) 404W),) (00)1,) (0011,1 (7.001,) (00110) 0.6*1,)

07 4710.30 1)3700 (7(3*10) 0)67.00 20,209,370 24.973 (270670 11.40.117 14.0)70) 32.9(0997

(0) 674,170 7.073)70 9.9)0.3*0 4030340 9270(10 3.240 (2.30 9.49(370 (7.10.00 71.331040

3.0.9 7,717.340 7(370,403 07,749,313 44,103,773 71.313,444 71,319 1,642,033 3I,I34.41374,33l4Ilt53.306(37~
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Sm roof Re It* 2030 H 0h F elfGr th S — o N I Sol to

4.8140)00 0180.0,]7l.710 7,94070*.. 0704’) 00 k~, 7(4.40040 ~ 0,10.780, 0/7 4.60? (06 ~ 0074)154(44 67(144.1.., 059,8006, 1.706*,
0,8,07 0*1)1,0.800 C~o7’*6707 101 d,41*7p60) MO

(5/00470 (5/007)) (7.7W) (0(17,) (MW).) ((.059) 0.04) (MW) (0007 )SOW.M,) (*4*6.0.) 000)

Co,086)660. /0,4040 V.04140004 0.1,) I000,,00(EC.ICTVOO1I5.p.,I 07100,4y6.q..o 0468.1,0(0 TOT.
107707840) FOOl) (0000 )0 ~ *00,) 01W 0.4) 107*) 4(.,,,04) rose

(*014) (500) (500)) 11*4) (*10/i) 1*7,0)) (*10.1) (*04) (*364) (700), (774))

044.1 *784 A75~, CO*41,7,,l-C*.l *010770*6111741 (((7..s4*,I SOqO...)

~,, ~ ~ 04 44. ~ 0:f!:oo :°~ :~

7.1.1.5.1 A~’**~lo. CO4.l...,.r Cl,] IT C*~6*60I,7*7 (Cl,] *7*578665 11.0)177*)

~01,W 0001)1,0007 00000(000)8

.00006 710110(1,444 OF.74*]*ATl07 1,070404100 TOT005V4777I 000rsu
((((‘Coon 7400CC060 06600*1TS000T 4000670Sc067 10070(067 7160(007

(*004) 0*00)) (*0(4) (400*11) (*0)4) (0104) (*0)4) (4/407,) (*0*)) (4400)

06(4 40) 11*4 1.117 176 71) 441 .54 1,764 *56

El~I,6, 71,106170, oslO .6n1I.bIOly

(1979000.7.7.

4) 1000)

ISO-NE E7.Io,14o, 4,01.7*

000002 760(760. 70,1002 I 0*1 070

(1474) (‘1,04) (1,0.) (1*0,) (1*44) (7*,)

07 (.714.770 0 ((7 (.61059) (6 III

To?.) 74,454,Ifl 1*1411 14.546 $7,504,159 145,104 45.707

El,] S5194077

1,0.94.17104 *0(07004 7*1/070 70400 10)14) 195.0041(46107 0.11.640047 10,0)016000

(0001,) 0600,0) (7’.) (07.73*6) (001006)

11.125.774 77347.470 (6707(71 4274 ?1.0((.00Il10.*74,770 167.70*459

RI’S S.onm.zy

‘45 111 /0 *0 84 1117 I 7* .1 4711,~ ~ 0 477* 1*67) 000

(0060) (7.00,) (0759) (0060) (6060) (74) (74) 0060) (00479) (5)
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Sumniarv of Results: 2011 Low Stress Scenario. OSM-Focus Solution
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Somn,o.rvof Results: 2013 Low Stress Scenario. OSM-Focus Solution
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Si,mrnorv of Results: 2018 Low Stress Scenario, Conventional Solution
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00 (4*34440 4.4)1 4,440 (4119404 01910 4404

4.4* I0.014514 44,414 3,41000,494)404 40,441 3,40)

101 4)4,004 0 0 11)40) 0 4

T.5’ 04,701.4*1 44394 44,441 94.350,04 4*401 49044

(400.) 0,0.15) 0,0075) 0.400.) 0,007 (0045) 0.01,) (10)41) (0437.)

CI 4,119340 010,7*0 01,1*0,,,) 9.540.400 11*04.0*0 14.040 *44.400 10.000.010 44,014,440 40.019.4)0

00 001.4)0 1.010,410 (0,000*00 (.014.40 ~ 4/440 4.404 41911.41: 1.00.040 44:101.0(0

1.5.41,414,745 0444.3*4 17394,10* 7.034,04* *4,7043*0 990*00 4340,030 9*4440.440 53*01.410 941,4*4910
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RI’S 0540*0.00

0.10,0 (),5fr,0,*,.4,,, 04503*0(4 000)0,0,4,,. 00.I0,*,)0.)4, 0.s,o10k. 00.4 0,0,0*0)0. 01440.0)00 4.00*44): 0,0,0,0). C..oph.ooc

40000) (4.410) (000.) (0004) 44.00.) (‘1;) 1%) 000) 4)0(41) 49)

00(4.440 1.000.400 100)00 00.440400 44,440.444

7,499,70* 130)900 04,410,1*0 4444744*4 0*3301,440
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Low Stress Scenario, Nuclear Solution

S,,,,o,.n of 56,0 PsnmnsSn 555 Cu53350507

(0,41750 6,,sss~s,,LST 5.5546.5k, 650(5gI,., 54)664,),,), 051(3,7556 CT LS64 (63 0.7 (.6o~s.(5.ou)kd ~ Co~os,l, 57,6, 6.,47,o)f,o,
576567 CSOSOSSSLOO4 C~ooo,o, ‘n” Js~,s)s~,,p.o0,(

(555)6) (5)9)6(7,) (7556) (5.5)6) (000) (.5)95.) (04(17 (56)) (5091 (S]6W.76)) (S05(V.0(6( (fly)

16(05 GsIsgJ.n,..d O,.6urcs (26.5 65,5,,,.,, f.rC,sss.,,OsuS

CS 76.40657 V.,obkO&54 c r~ I 056) RPSC69)OOISSCTESO,70h.p,,, COE’.’gvywo’s 6T~~5007,0~ TOTAL
0055 (VO6) 6)00,5541,6 AC))) C,,, Cod O,,,o,oao,u) 1550505

(555)) (557.1) (576)) (SLOT) ($7.6)) (556)) ($57.1) (SI))) (550) (5051) (515))

5)5 4S) 77 5(35 (55 0(1 I .595 .37 (36 5.550

16546.34 An,,.~. Cs,.5,s,,.r (26.5(6 C.so,,55so5 (tt.~ka t5.gls,.,)

5,6)05557 (6500,,. ~5677, ~ 0.5500.~~ ST~s.7.S ,0,,y,5575( 7676554)65 9V595A06

(5574) ($554) (SM)) (556)) (SMT( ($561) (556)) 504) (6)667.) (5314) (SM)) (555)) (yS.W0( (SM,) (55500)

0.500 .500 45 .75 5 4 70 5.5554 7.40 05 776 454 555 5,574 5554

16613.554 A.s.sss (264,,.,., 5555 553 C3S655605~45 (Coot .30.5,0,5 tS.~5,.o)

~ 76(6654060 ,o,~ ST6..on A4.4375050.5 5756so)556.s 6556606

(57.79) ($56)) (574(1 (4667.) (5744) (5611 (5651) (5’)),)) (565)) (5)6)60)

S4.sIsS. O.0.Ss)65y 5754 As.II,b46y

(5) (53)6)

ISO-Sn: 40.o5slo.s b~’ Slot.

3.7500.5555 ,~56)605 7454 NC) ~s5) (705 1.0(6)7. 1554000

u5540,.dU76. 505076,4006 05(5 056, 676.

5565) (150,5) (ToTs) (0654) 150) (105.)

or )3.T53.4,55.59774)7)505904 57.617 7.460

50.5 45465,575 9)454 54.447 43.544.596 40,05 55,50

Fu .4 0~t, 51 09

47~o00o4 556)0706 0~*M05,..,y 0.6,946)617 0450)00141606
65(5907 66504 “ .046,5507 .4(~o4)

(7,0.00) 0.00)94) (‘4) 55)0)) (5)65))

ups Ssusr,.,y

17056) (55)6) 5)66)) (00)6) (50(1,) (16) (16) (5361,) (7556) (5)

657.156 5.6)6,076 4.74)6)6 7069(0(6 (3.353,0(7

451,530 993.709 564.5)6 6400,3(6 5.095537

7,445,335 4,50.4(0 54,461.540 4554,556.774 545.643.444

FusS 5)4455 Sossss,.sy

55507 ,, ,~, 5. ‘5 6, 6) I 51, 6) 0, 450) ,,, ,,,

0)067,) (5067,) 0,597,) 1.095) (5560(1 0.565) 55553,) (55)5 (5065)
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Sumntarv of Results: 2030 Low Stress Sections.

V.,~,TtC~P,nn,e4e~lnCons,ct(e,i

(.04444(0 A,~~00~L4t’ (0041.00, flSM905(o., O,,dodt0,(A.Vo,.Vo~(~ Odhopod. )‘4LTV?(CT (‘(44~o 0.44 ~ :‘opoo ~6OVp,,o.
$00004’ CooOooooLo~d C0’00040001 ‘ A0,OeiOneo)

(4440)7,) (50,004) (1.00) 0.004) 4OVV) (1544.) (4,00) (44(0) (400) (5&(V4Io( (SV)V.Mo( 0(V)

Tool Golng.Fsr...nl R~ounco Cost SwoOns fur Cu,ooolsjt

(404) Food 00004 V.1044004.4 00404401) ~ RP0Cw0O(VCI+0l640e,.74.~oV V’IOo.ogO’~oV ~*4,0,00044)
1040 (4040 *4)00666., Co.: 0(44’,) COO COO.! 04.000000) COlT

(414.)) (41.0) (440) )tM4( ($4),)) (44(4) (44.44) (015:)) (444,4 (44(4 (46.5))

TICOt .s4 Aoe~g. Co,tossr Cot 10 Csj1000ls,l (34 l,e4j.l R~4o.,t

00),.,, %Vwooo4i TOTAL 4460.506 . TOTAL

.6.444 0’ 4001 ~ ~‘ 0, ,‘. ~° ~ 00 6) CoO 004C OTIS 4644

20.4) ~‘“ P600644)54 104.044CM Oou,.ss 0001 4IOOflTSCOST TOT4t,C061 0400400

(004)) (5664) (SM)) (SM)) (50*) (46.41) .4400) (40.) (44(0,) (SM’.) (446*) (44,0) 4400) (44,0)) (40,40,)

1.6$ Sod~4402060CC Cost 40 C’00000(o.t (Co.l 005.460.5440)060.)

Coo, 1,10000044 TOTAL AV6’6C4C6 4440 40014.4 614 Cod (00(4. +

(1444) (44.5)) (54(4) (0400) (14(4) (440) (54,44) (0400) (SM)) (+400)

6406,5+ t4eUob)Uty sod ,losO.b0l(0

440,0

Fuel 0,c~i14y

~ a 4)), 04,,46~ ~‘ ~ 0, 001 IV 56,0 0 ~44

104007 40000 .041.6lo.,y I,,’. 00)540

(04400) (4,0400!) (40) (40.00) 0.4400)

45(444(00 4)4(0,70 150)04,444 42’,. (65,0,0,047 (14141.441 506,6)4,45)

ISO44S( ET+4s,10s. by Slot.

10.002 1001544 16*44)0+ 204(401 160) 7154 14+0(440
60), Voosi,,.,. ~“°~ 60,..,,. Eo,oo.o.,V)( 00,000.44) 6,00,00.44)

(20)5) 0)70+) (1066) (4104) (2.4.) (40.0.)

CT (0.077,666 2,0065 4,260 (0,015,414 9345 ISO)

00 4554,444 7.412 44744.504.4)04,44) 2444

VT 2(94.62) 14 254 1.2) 4.44) 44 MS

100) 44)466,155 44,40 24,474 $4,100.04 10)417 65,104

0,0001 (40076) (400)70) (444)1)) (4.404,) (00(4) (4(01) (4.100) 0004) 0.00,)

1.0, 7,440)00 4*14)440 47.745,4)5 0,064640 41,406,1,10 lT~$$0 70)40 641.044)70 504t5,llu 111,447,700

H-69

4611) Sos,,o.s,y

0(0604,01 6040)). ~ CL. 6(40+0,00)., V’(~)( 4loWu:hk .2,,.)) Eke)). 00,60,,,

:4000) (4.00)) (4004) (4.6)0,) :4004) (1’.) (74) 0.005) (4000) 44)

6.162616 1(4,2.10 4)0.610 72,271,154 44.612(17 2(40 20’. 470 (.261,212 (.676(74 22(016,246

7,460.10 7,061350 14,741370 451,477,700 154.104,670

Fo,It40geSooss,oly
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Summary of Results; 2030 Low Stress Scenario

PkO,.UToo) T~oI420~~y Too) TAC.poOy
L4641.KO’ 0000002LIW Lo,GF.ok, 50092gW. N,od0400oo Ooo,00.,0 OO)opoLO CTL000)C2 IO.P0400Z0000 000oooL)Ooo FF00000

(50040) (60)002) LAVA) 0.OOo) (10500) (.005) (ITT) 252) )OTT) (50)04,10) )S4G’.I.10o) 1,00)

)o).LCoLo~_F.~,n,ot 0000952,2 000,20.5, tar C*OLTLLLO,L

C994)C47(ou )‘Tfl OS I,. TOTAL
00500.157, 0n.40014 V.0,60.040) TO.) RFSC,O)00000T00970,p.,) OTTLO,425.’,aT o,,t~ 0440200)14 ersornan

0220,,oO TOM) (VOl.0 Wo.~o~CoT ACT,) CoO To.) ~ 0..g~o,

(51014) (SF0) (500) 501’)) (LAO) (510(4) (5)75) (5)75) )SM,~Sk1,)) (LAb))

To).) 604 aLos.gSt’u,Inm.rCo,L 40 CLSOL,L24 9222 OStuTL)O RogfroT)

0)40092. 04,00,00 lot TOTAL 0)90009 TOTAL,

A .414,70 O’00 ~~T4 ‘a o, 000% 05 HALoS °0J,~ 60*

10000 P1)57,2)252 POCMflTS T2AZPOL COST 500EL1TS COST TOTAL COOT ALt COST

(SF0) (50$) (SM)) (SAL)) (SM)) (504) 15100) SM,) (LAOS) (500) (5100) (5100) (0009) (SMoG (CLOT)

TO.) .oL ,ALongs CLoLom,T 9)092 IT COLLOSLTLLOL (Cool 5)02mb, 5405505)

~ 02 100 AFLO

(SM,)) (5100) (SAL)) (55)25) 0100) )LM,)) (SF0)) )0030A) (SM), (LAOS)

52540)05400,0)00 .74 Aso*.bWLy

(05)750 0.09, ).0
blobS 0000)

0) LV)’)

LSO.NE E.nl.sSoo, by 02.5,

2200(0) T”°~ ~ TO,) SOS TOO CT) 00010, 2001,02
550 Eo,20o~. LAOS U )20So.~. 00(0,00.0* Eno,on*.M) 5220oOn,..0J)

(0,2,) (To.) (Loon,) (TOOT) (To.) )To*o)

AlA 20.7707)0 10.120 7)54 (0000.31K 3.227 7,222
1*) 0522.2(5 7,17) Ta?) 4.007)) 7115 2.47)

TOO.) )002L(2ASLK.91705,L,L97,500.,02,,4,L 27.544

Fus)O,20o127

T)000S.omATT)1(L0s.s.n( , (20.T000 22000
00240,0 Oily so) 00 50 021.0 10050 OSO.od o).o.~ Ans~o$o050

FLLTOO Ao~,&O 0020* TOO)CT 0544,00005 .OOJF500TT 0)4007000

(1.0400) (MT0)O) (0) (1,70205,) (LTAV)0(

71,322.75 44(202)7 77).)04ll 20% 07,500099 (00)00,292 299.90-622

SF15 SSL.LSS.Ly

5(93000(4 0,5(4)) . (1~s)) C).,.) 504,5). 01.5520)702), 430,0(0.
0,5,, I)00001.OOj,, o),,0 0 200)4,9092,02 T450)0Ll.$2.)as Os,oo.A),. 00,5.) 05 55 0,To..0ko ksTs5~S(, 05920051’), C.0T)oo4

(10000) 00015) (000)l) (60410) 0001,) (14) (1’,) GOSh) 100)10) )S)

t4al,044 ),SLL.9)O44,4SLSIO I*I.094.OLL 190,155,470

(on oo~ oO 00 0, 05 40 oF0 .0.. 000 02 TO *92 70,0

)1oTTT) (THAT) (1,209,) (100)7,) (1.051,) 20005) (SF010) 043015) (1)000) (2.502)

H-71



Sunl010rY 0? KesulIs: 2030 LOw Stress SceuarIo,

Sommoryof I0.y Pororn00nbo C’ouusclloji

201000 0004)91)049 .0.40.00, 004.4 ‘I 044,0 001.4001* 01004)14)) 700)0500 CT 10494 ICR Cr 4*01*100(0044 19p440(OlpVOS (‘*3.0(0)00. 0440001 004
9400*3 004.o411,o.d CSIOII3400 ~ dooRs poroI4 3* 04

(1070%) (91001%) 00471 0.00*1 (000,) 100010 (00471 0.0071 1000) (911W-U.’) (1&IV.0)4) (01(V)

T.).l0o4n~.41ooo.ol llpoou900 700971100040yforCuoo,o4l,oI

C000004l4 1’.7,JQ407 V.1000000 74*) 100CoOO400011’T*lo(49)owT 000,0430(To,I CT .14040,) *440(00401 TOTAL
*30991) 000 (0000 0 44 00540 1 *4 0.0 04 TO

(44.11) (105)) (400)) (900) 1500) (501,1) (500)) (501)) ((0,)) (400) (444,))

T00.1474A7.orog, C4olomsrC’o.lloC000solloa(94l.r14940,909,)

071*0*0097 0d,oO,.*Io 0140*4, *011(400 TOTAL

o.4%400 ICO*3ol, ~ 00ooo~4~~ 00.1 1(14,0 00*00)000~ 00000574,4 0*401*040)

(504) 500) (9)4) )10*o) (9*4) 141*) (40(0) (4%),) (Pt07~) (4040) (104) 19040) (044)1,) (9044) (slOW),)

TO.) sod Ao.ngs (.64.007,0 C’~7 0, 9)400.04044 (Cot 00097)3., 14.140.,)

000.014.00.. .444.1*0004 (000 0,00)00.0

((3.),) (400)) ((01,1) (0400) ((0),)) (401,) (004) (01(00,) ((00)) (00)01,)

0.0)4 0(7 4,9144 64~ 04. 7*0 074 0.94 4,109 3.97

04.104, 141),bI001 0494.4494400047

04040 (1*04)

(74) (1(00)

F~.l1.o.r1oy

oo : ,~ 0000*1 00,01*) ~ :‘.~‘ 0)1

94(t) .39) 14.1161)2 44).()*00l7 10% 1)0350499 (94)4901) 799,94)049

410-tl0004ssboos by 0).).

91*4 00.009. )4.o.,~ 0004000140 4,40000*) 00000010)

(70.0) (100) (Too) (0...) (9.0) 900)

Cr 44,000.0)) (.7*4 ).0032).4)4,009.(044.4T0

7.0) 0,345,411 09,549 491405 47,454)71 07)71 47,404

00* To..d I44440.o..0,0 00.00010.00) 700,9.100 004)4000(00 Ro*00 001 0* 2*4(094,900 ~ 7*4) 01011.00

(0,001,) 490034) (0047) 9,04%) (0000) 49)011) (0001,) 49)0%) (049%) 4900%)

006 (7)9,700 900.003,347,994 4.00.71* 4)17)730 (1.00 4)3,7(0 39,099,390 ((.004.701 3)044,940

0.94) 7,494.440 2,9)204 17,705.144 44.410347 441.174,40 440)54 744)100 440.47034* 67)41,409 190)104,415
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0449 000094.97

lOsoo4,d 00,0(0 - 07140)1 0)40)04(00 (‘(4000)010), 04(4)01140
01)04 )4o4,000,.lo.. 705(01000)91 00.00.0044.. 17)70.0).. ~ ° 0.114.40. k,oo’.O(. 7.4,5.0)1 C.op)*o.

(0)04) (00)1,) (004)) 15010) (101%) (34) (3)) ((.7*7,) (0003,) 19)

0490)04 0)7.340 4,104.00 001*4.790 44,4.47,197 14% 4(7’. 0% 4,01*370 (.041.110 477.01)44

7,404)40 7,944,94 0 44.690370 494,40,914 094)N*.570



Summary of Results: 2013 Current Trends Scenario, Conventional Solution
Degree of New Englood East-West Solution Excludes Central Connecticut RetiablOly Components

Sumowy 40 Key £.r~o,t~5 I. C09400i,oI

(00(011 (00001) (000 (0051 0(55) (UVO) (0.4011 40W) (0(W) (000.0:1 :0140.01.) (SOW)

To:.I GOiog.F4,,o,ot 0.004,,. Coot S400lory tor C,o,,otI,oO

00400000Cr ~oO( (000:) C4o,70,,:~ O1W ‘007 Oo~: ‘°‘

soil :0041 1004) 001) :001) (001: 10041 ($4011 ($0111 :00111 $00)

Tot.l .03 A.-.r.go Cooloorr Coot to C,00o,tieoI (09,0400 OogKeol

P4)0.00010 10044. 07.09001.0 ~ RE’
0.o.l’IOy 4cR11o4 00~0:0 040 04 0,0 00(0 ~ o%’~o~ ~ ocr.: ~ ~

001) 100,11 ($01.1) (00,11 :001: (00.1 I CMII) 10011) 1414)041 (00,11 ($0.11 :00,0 00010 (CMII) 111404.1

ToI.l .7:1 doorog, Clo1400r Cost I, Cooooollcal (Crnl .0000510, R00100r)

Fur.oid 040:0 040:00,74100: 0?OC.o1400CoO

Sod, (000 (SoIl) (WOWS) 10011) (SOil) (toe, 041(01 CMIII 1:14100

t<IocW0Oo4.bl0y.sdA~iI.bI0ly

(04) (cr01

01.1 5000 roy

110041 040000, 01( (00000, (0000)

(0,1(1.140 (7,244.571 9),71&101 (0% 100S0.40059.61014(640(,(44)0l

(74:,) (7444) ((044) (Tool (to,) (7.44)

Ct 0.304(0 4.0” 4.7054,0234010,047 4(104

On 20.100(57 703(0 (9,047 00.01e.040 70347 (9,00
004317.402 01300 0.21470443:. 17.701 0,904

412 001)00 2 2 102.444 4

0.0(490(0)00 44.304 01.940 44.5(5074 149.124 04304

(004) (o(47(IOO.1d(OWI,( 00(41 (00(4: (0001 (MOM :010,1 lOWS)

ME 200)0 1.014,00 0 0075(0 05043(4 (.010 404,00 (0.004,004 1310310 (4340.400

52400,10 0,040,110 l0.005701,014.:l4i03Il:.:70 0.004 111.40 5,010,401 (0,015300 10.01.0:0
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050.0507,0.4404, by 0:0. toes Souno.ry

74 1044 40 00 Osnool., 4,0 04 .4 ~~°° 00
0.01,11., ~4Il4llO4 44141.79.00 (Ooo:ko 040.000

054: (0001 (0041 (0(04) (0(04) (14) (74) (01111 10001 (0)

1,(90.451014,4ll (.0(40 14,244,792 00.ll.4.414 074 (0% 1% 1,110)40 13000711 I2I,00310

700.10 4.521304 2,774.40 41,474.920 11300.440

TO.10 520340 975.470 0.042.444 7,074.470

9.001.100 0314.00 14,404.400 lOl.00005 144.495501



Summary of Results: 2013 Current Trends ScenarIo, DSM-Foeuu Solution
low Englond Euul-Weat Solution Excludes Central Connecticut Reliability Cuntponenla

SOLL000Y St lAty 5,00,000.5, COOWSt(COt

5,040,0(1 000,00,5)21 5,4tSAo/o O(0°)054/o 1/~dodoO,W Go,o,4ot,U h3(/c(00 CYLteh(ca ~ It/y (oop)/ot ~ (0000:24 R/b4h3noA

(0/bIOS) h/SlOT) (MW) 0)00) (00th) /00/,) /030/) /006) Lw) )tAW.fl5,) (SAW’S),) (MW)

TO,.) (5,toa.h/ono.rd O,,00rce Coot Sonmory to, Coooo100

TutW.notA,or.aoCo,tomor Co,th,Coua,,,k40(M.rketnoa)u),(

/0100(00,4/0 4 4 ToTAL 000400)0 TOTAL

(0.25030 00’126, A0/001000 140 0)4)444 S/oo UpOn /00,40/ot. 006000.OTI00600000TI0S 0p(c,o)00L.o 00)/0000 ,flv09300

‘a ST us a so so ox

)400)5M//)fl0,0/Su/)Oo$)/000//)LhU/0/004( (lAWS) (002/ (tOA(,45/) (SAWS) (404) (000%)

ToOt ,td Aoer.go Caouner Coot to Coeon4t1005 (Coot otSifOen Oegtno(

(toil) (00/)) (400) (o//us) (005 (100) ((04) ((SOb) (00/)) (0/5)51/

E(wtrt, OeO.bA(ty 402 *0.5.00(5

SOOt EmhoIooobySt.to

(00/b 0/04

(Tm,) (Toot) (004,) (0o~) (5.O,) (To/I)

/0.).) 49,044.400 (10)14 02.104 09,014.204 (00)00 ALtOS

Fue)Soooroy

61000/04 /000 90000.0% 004/0 Oom.5,o(o/, 30,0000010

(000/0) /03000) (14) (000/0) (0)45/0/

(tOOl tUlLtOt 40,4t0,60o 30% 1420,4)1 41.3)5350 03,4(0440

ups 500uary

04500 (‘0 /4/6 000,0 (bOO Ro,,~b ‘~ ow
0:000/00 0290/200/6/ 04)000000 0/000/104 0,00010* 4/00004

(0)/b) (005) (0000) (no/b) (MOO) (5) (5) (00%) (OWE) (4)
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Summary of Results: 2018 Current Trends Scenario, Conventional Solution
Degree of New England Eunt-Weni Solution Eneluden Central Conneetient Reliability Components
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— - — Summary of Results: 201$ Current Trends Scenario, DSM-Focuu Solution

Degree of New Enginud End—West Solution Euelodra Central Connecticut Reilnbliily Components
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Summary of Results: 20111 Current Trends Scenario, Nuclear Solution
Degree of Nosy Englund East-West Solution Eoelndcr Central Connecticut Reliability Components
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Sumnooey of Results: 20111 Current Trends Scenario, Coal Solution
England East-West Solution Excludes Central Connecticut Reliability Components
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Summary of Results: 2030 Current Trends Scenario, Conventional Solution
Do~ree of New Eogtond Enst-~Vcst Sototion Excludes Central Cooncetiont Reliability Components
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Summary of Results, 2030 Current Trends Scenario, DSM-Eoous Solution
Degree of r~ew Engtnnd East-West Solution Exetudes Central Connecticut Rettotelltty Components
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Summary of Rcsutts: 2030 Current Trends Scenario, Nneleor Sotntlon
Degree of New Engtond East-Went Sotution Exetuden Ceotrut Connecticut Retinbitily Conoponentn
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Summary of Results: 2030 Current Trends ScenarIo, Coal Solution
Degree of New England East-Went Solution Excludes Central Connecticut Reliability Components
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00 0,000000 00,400 0.040 70,707,000 33,400 03,144

0) 3.045(97 4) 436 30040,457 30 404

7.00) 03,307,40, 0020701,701 00,3)9.039 403,503 49,) 04

Fool S030 nIp

0170000.040770000.0.4 70,) Cr140 73700 300, .r 7004)0740 400740 7004700,740000

0403)000) 11011.3494) 0%) (50)0)0) (000074)

0774 Sosoosoy

0,0.40 074070000110 7010)400,1,0 10,000.05,), Oooooimo 0000.55 3000,0. 0000004 00.50000

5)0%) (004) (506) (54544 (1405) (14) (¼) (0)01) (OWn) (4)

03)70 0 07,000 0)07,700 00703.034

7,000,000 7.,7*,77004,05,170 700710,000 440,000,4(6

Fuel 0.000 00000047

(OWn) (07W),) (0)410) 5001,) (4001) (SOW),) )5W4) (MW).) 70400,) (05%)

Cl 7,170,7)04)6.4)0 )7jS4,00070.0l0.477 10.7)0.700 70,470 597.0)4 00,447,440 07.074,007 44,009,477
01 470(7,400 7,500.040 0 07,000)0.000,00 4.100 400,717 )O,414.010 3,400.41044.010.040
504 0,7034)4077.440 7,707,000 0.074,000 07.140.700 0)700 003,070 (7,777,075 47,000,740 97,707,4)0

Ri 03,040 4 0 4 0,703,3)0 0 4 0.574.5)437.704 0.040.074

104 7,470.700 7,570,70* 07,050,705 410717.057 00,041244 710430 (217,0(0 74,04•.7*i 71070* 1007 330,447,307
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Ssommory of RURROs: 2030 SIneS COmnte Seemorin, Convontionol Soho0o~ --

Degree of New Englond East-West Sototion Encludes Central Conne04ieot Re0obltily Components

Sowo.,y II K,7 Pooio,olor, UI Cooooel)ool

0001001 O.o1.l11UO~ 00o~ 00 10 700W 010100 I) ~ l~0l1oT4000oi1lo

Tot.) C g-Fo,17.,d 0000010, Cool SollIloly 740 CoololIlool

04000 ,~ °1) ~ ~ Th~ 7° l~ SOURCE
(0,914010) 11001) VOn, 0l0000IOCIII 01441) CoO CR) 0101110 01101)0) U0~~~0 COST

500 lUll) SOil) (500) 104) )10l1) 100) (1010) (10,1 (502) 50,))

TO?.) .1,4 0110.50 4:0,0000 Cool 0 C00000llo.? (Mookol 000)00)

100400.77 040701, 71:.C.001044IT 0)10 1510 CoilS 00400100 CR101007005 074 (75 Coo (kECn CO AVOLIUR

ISO)) ISO,)) 00,)) 10;)) 11110) (lUll) 1720) fl?.)) (4457,1 III,)) 00,7)10,)) (COWl) (5001 10550)

440510.04 *100.4, Coololo., Coil II C10110lkol (Cool OISISIIS Ro5oo)

140)) (5174) (lOll) (I/kwh) (101,1) 004)) (11)4) (1/0(10) ((lii)) (00)10)

floolok R.I400l()ly .114 Ao.i(obII(ly

Ct 1.0000

0)) (0(0)

ISO-NI 100100,0 by SIll.

Toll) loll) (IOU) (Too) (Toll) (TRIO)

RI 1,01171 41 104 1)74210 11 104

I.).) 14.411211 14411 11,014 01,510410 47447 14011

Fool Soooo)ly

r000oo.olCTSOOooooO TIO4IC(N0 CTI)(i400oll I4O.7l050 001)0 yonoo.soso

(0045,4) 11011)10) (71) (00100) 100105)

ll,0?5.01R 17.111. 070 100170417 1174 51.141,144 111271.7014/l,114.774

00S04004IY

101110 1l74,IC010IR To.I0o,oo,o, 11401000014)l0 5.0.000)14 40 000 ll,loo4OUOlo~4.kfr0l,oo,0l C~0llI1
010040 5070(0100 0014)1111011 010101)10 (1100005 7071)01

(0(15) 14100) (500) 1104) )IIWS) (74) (70) (0)11,) (10105) (1)

571.714 01.00 I. 01.410 4.111,00 1241440

7.717400 7,144,1914,0lO,714 l54,404.140147400,l07

4 0,1 l(yhoCoo,o/0. $0001 C400,70oio, 5400C.ol 0)l150074lI0l( 10,40(00)04 700)0.101110 T044l01~Col 10)0)0104)0.

(0(0,) (011474) 10100) )UWI) (OWl) (005) (OWn) Mlvi,) (0910)

Ct 1241404 411,710 17(40400 1.440.410 11.111.91) 41440 104.070 41.514.?4O 11,00,400 40,114,710

0)1474,4)1 1,111.0(0 1,10,011 ).4o1,oe~.1)(24l 11.40 11.110 1410401 4)11,100 0411,740

Cr 17,514 445,40 1.04400 0 1.44040 0.0% 1,401470 4.01.001 4,4.140
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Semmery of RoSoo(te: 2030 Striot Ciioooto Soeooorio, DSM-Foeool Sotootioo,
of New Engleed E04t-WeSt Solootion Exoindoc Control Coeonootioot Reliobility Coneponentn

S,.o,o~y of Key P.T.0o(4T, (0 Co,000I104l

(4. LC so 00 4, 00 01444 ~, CT 5004 ‘r 4444 ~ op.,

(044,40) (90(00) (IVY) (0W4) (VIWO) (1.0’)) (0(V) (44*1) (1.01 (1.40.00 (OCW.4(,( 000)

Tel.) GoInG.Fore,Id Oeeooroo Co.! 310001.17137 Coeoell(140

C0V.) Cell,01

(00144,404) 100) (yOU) 4*05*170,1 4(0040400.0 4*90 ~, ~‘ ~ 4*141)0.0400 O4~::~ol (01144*4

714 (94 74 1,471 74°. 104 4 ‘(.149 .00 100 1,704

ToI.l.od no’r.go C,o,l0,,,eT CoO 17 C410,e((eol (M~ok4O R~bo.)

L..4L07 (0000110 100,4)0010 01140119470 0755 044*0.,1C,.l ~ ovC000.i9% 0000(10400 4(74) ~o ~

(00,)( (141,1) (40,)) 50’)) (004) (50,1) (41).)) (101) (1*304) (051,)) (40,0 (404) (aWl) (loll) (1400)

Tel.) .,d *o,,.4eCS4(ooler C,,0(s C400011041 (Cell .13.17(0. R~lo..)

IVC’ColT 9 SOC COST 94351100 COST 9501.5101 COST TOTAL COST AVG COST
(004) (100) (101(l) 044.3) (104) (504) (11(0) ((*3(1*3) (0011) (411(01)

1.1,10(0001.1(1(17104 AO.11b(417

(01,00 54,0,0, =
(Xl (500)

100-NE 1.0(14001 by Ol.l~

TooACOl 0,11)000 704)17(1 704)011, 00.1110.

(1.04) (3.041 ((40) 00,0,) (1.0.) 0000)

5) 0,011,100 07 07 1,111,01 00 4(7

01(11 00,114,114 54444 00740 41.4(0471 0.9440,174

4*1111 301 II thy

T0~0’l~~°o~ 0.0.1(700 17004540,1 (10.00700 00 00410440510

(0110,41 0100041 (IV) (01100) (1.0400)

OTSO.OO.Ty

1(1400000:4: 144000004: 7.4.leo~(14o. 00.01004 ~ ~ooo44 ~ ~oeo0V h~o7looo

(41110( (000) (4404) VIOl) (04*0) (*3) (74) (000( (OWl) (0)

17(010 14(044 (.0(1,040 1,00*3(01 0344,044

7,707410 7,114.09 (4,514.150 (51,4.1,000 44,141409

(04*4) (Cllh7,( (0(011) (SOW),) (VOWO) (5101.) (54*5) )4)Wb( (0(0:) (4)04)

07 1.141,010 411,70 (1,1(5,100 1.744.010 11,01310 (9,010 (71(4* 04.019.740 11,00,140 45,014,00
00 4.01,90 1,0(0.00 0 0004(0 (1.1(1,110 4.0(0 14,0,4 (4,101,400 1.100.000 44,04),440

110 074,14: 1011100 0,00.401 5111.10 7.001.10)) ((.010 14.11:) 1.044.101 (4,119,141 Ol,Olb,004

VT 071,175 440.075 1,104.00 0 (4.010 (1,160 4 11.090 1.010,1(4 4044(01

0,l.) 7.141.411 7311410 17.710.9(1 01464,110 14:140,910 110191 507.914 11.101.445 ,Cl940(*0tI,I.100
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Scoccomery of Reooito: 2030 Strict Ctim,cte Soeocrio, NoetcorSoiotiocc
Degree of Now Engiond Eoot-Weot Sotcotion Eoctodos Ceotrot Cooncetieot Reliottility Coneponeoto

Somm.ry of Key 00r*,oolne. I. ConneclIcot

(4,0 1.011 O*,*c,*c.4410 4.040.4,, ~ ~ ~~b000t~0 cc 404’ 00 ‘~“°~ ~ tOec,*,7o,o10,t0007,..

00040) 001)1%) 01)0) 0000) 204%) 4)00) 00W) 0.00) 0000 )010W410) 140.40,) 04W)

Tel,) Gc)cg-Fc~n.ed 00.00,00 Cccl Sooco~ey Ice Ccnnc~tic~t

0)0000, 01* 1.100200 V.cl.00000 Ccocl000) 1*14 RIO 1.00)01Cc. CtEn*o,)n.rc4 C1)ic.01000,, )‘I~1)~0 0014)0,000
)Ucl)c0120 1000 000) 00,c.OOC,o 01.92) C~l Ccc) 01*0,, 040,,) P;~w’n,, coot

1004,1) bib 104) (00.)) 104) (041.11 000) 1141.)) 00,)) 10411)) 110.1)

Oct.) cod flocngn Cl,010blce ((colic Cccccet)c,I )M*rk.I 0*14440.)

P104)000* 00.4)000. 10100’14000 c~c 00C 101101

cc LOll 0) 0 000~ Cl *400W 0402400 0.001 07) -c 10 ~E4t$~

140 4) 404) 1014,1) 10 4) 004) 0444) 10)) 001) )04W4) 900’)) 901) 00)) )OtcWO) 0504) 0000)

Tot,) .9.0 009,.ge Co,tc,,oe Cccl Ic Ccoc.Ckol Cccl *fbore)eo Kenton)

ISO;)) 000.0) 000) 1(404) (004) 001) (1202) 1411.14) (004) 00)40)

0)1111)0 Rc)I.I.l))ty .04 .°cl.)toltlOIy Fool S.,,, ,ily

0)010)0) 0.00)00) 4%) 1051040) 50,4004)

)Toc) 00cc.) )tcc,) 111*) IOn,) (0*0.)

00 14)1501 2.490 SOt 0514314 1.110 .011
00 1009130) 40.000 (.404 )cjOO.4004 41.110 1.444

07 0)05300 01 010 4(10,114 40 211

7.1*1 74,000949 92504 9507 40.000417*1,101 00,0*1

OWn) 0404) lOOt,) (004) 000) 001) (OWO) 00,0) t001,) )0W0)

Cl 1441,110 6)4310 10,061.9)0 1.104,1)0 1231130 10310 000.210 01.140)11 11,11940 11,141.1)0
01 4)04310 0.000,010 0 010510 10,111,974 1.0)0 04.40 (0.440.00 1.0*5.140 0(9005*0

0)) 614,411) 1)004* 0)9(0,011 (30,4)1 1311.00) (4441 10,00) t0)).tleNjtl,1o) 1)300,41))

H-91

ISO-SF. 0040.00* by Slot. RI’S ,S 44 10 100 17

0,001 )11010cc,45c 1,007Occ,Oc,, lcu)900411c, 0401140 04.061,0 ee*n*oo oc,cc.so ccon.oc 1.007(90.

)O)V6) 000) 1.0%) 14400) 0)04) )%) 04) 0)00) 11010 (0)

1341400 011,000 4400. 40) 01.14).llc 0.044,11’, 004 00% 4% (.140.00) 1.4115);) 100344441

91)4)0 401.00 4.0)1.011 5.404.440 9404516

1,799511 7.044510 1.710,190 000,010.910 101502,140

Foot U,.4, 590)0.11



SummuryofRosullt: 2030 StrIct Climolo Sconurlo, Cost Solution
tron of Now Euglund Enut.~Vrot Solution Euoludos Control Connecticut Roltublitty Compononts

O*moo.q .fO%y P .023,04 (ICO,rn.02102I

0041.2*406121 114100131 324) ci Io,o,.I 0.0.3* 043 flponly 321.
1,44 U.)? 0 .0)40300’ 1.0.20.401 0506’ (.0* ho 344404120141 00041115 01,I,OOsl. CO 150? ICR c0,*, 0404(03100 Cq.liIflo,4 34.1.21*113.11, 132401

lS(SlI01,)IVOIVS) (OW) (04 14) 1041041 (OWO) (SI(S) (MOO (OW) l2(4W.U.( 12(0W-U.) (100)

Tot.) C g.Fo.4.0d Oo*o,,,,, COO $omo,*ry Oo’Co,o,OUOoI

~‘:° V*1~~~OO ~ 0000020044, T~Zl~’4’~’~4— 00400,750 .245,0 3.0000 TESOOSCI

404 426 4(3 2.043 1.040 110 I .1,322 ‘00 (46 .3.422

Tol.l .1.4 ,3).ongo Cuslomor CEO 4, Csso,304*1 (M.;k,t OqIIse)

,Z~~”°’° 2461020 343 C ‘ 1(40 00.41 AVERAGE 0330 ooc TOTAL
L0.4’lOlP ICEYG, 4~~’~’ 0.0001.00. 53(06 SpOfl o.os,.nC,.. 024454400000 017400.00002 ~ • SYSTEM .3010.051

STill (00(0) (10,)) (00,0 100,1) (SOil) 0200) 123111 130300) ISO.)) lOU,)) 120,11 (30004) (101) 120001

TU.l .064010304206 C4,I2,l,, C201 (0 C53264110*3 )CE6S .00,10304 Oogh,o)

SOil) (604))) (600) (clOWn) (20111) (401,1) - 3625) )4f2101,) (20243 (44121.1

2(1,0404, 000,01)1(3 41.02 ,OosI).h)llty

14) (00403

GONE. £0112,340, bOSOM,

(30,41 (34241 (30,.) (1,032) (00*4) (36643

(‘3 14310,104 4.401 1.6204010,333 36.204 6.043

00 (.243,361 31.044 11,100 12,1020)1 41)0 ((.000

)‘T 1,144302 23 414 2,111.114 03 011

3.01 32,434.544 03030 (3,341 32,41*310 46,0*6 22,3*2

Fool S.o*c)ly

C00504,404ci0010,2444 10OCT14)) a11045,1.,1 400-3)000 (0000 0041203200

1.5003 04644 (16,0,24 T,1414T0001.154, .02344,42)0 .,4 05,44 0022,4

000 520740.03

1132041021*00 ~ 0S.l0..6o4.o T.241R,Oi)64O 0)324.0(0 445_0 looo.4h. 01,2405, 1,00404 C40R440,

(0(241 (030-2) (000) (000) (0)01,) (3)) (14) (0)0,) (ORb) (1)

Z363,I1SGT,01’,4.320J)~ 36,141.110 00434.31’. 14% 60% 214 (.344.40 1,361,113 342,104,125

3013)0 45)05 40)1,316 040.1,40

1,1,0055 7,244.54* 14,112,222 l04.211,934141,114,III

(0)04) (S)WO)o)410)OO1l)SIW4) (0014) (OWn) (0)01,) lOWS) (0)0*)

IT 0,0413402)5.OO 11,140,1*0 (3.243,061 16.031302 11,112 428.436 13,246.I1011,110031 32,202,441
00 4,163310 0,040330 0 434,310 10.011.015 (.0)2 05400 10,202.05 3,333,042 41.02.340

50 51)340 401,00 2,0(0,31600.043.240 11,130 ‘,~o1:l~ 6.034,400 9:20:05

TO.) 7.763376 1044,112 11.713311 22,232291 22.331.413 111.344 *42,40 .33*1.116 75.402411 173322*21
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S004055ry SI ResnIts: 2013 High Fnell(Jrowth S0000rio, C00000tl000I SolOOliOn
flegree of New England Eaol-~Veol Solallon Encluden Central Conneelient Reliability Coenponentn

000014701 Koy P,r.ootsv, (7 C,7,oooOO.2

50.0 l.o.4040( 0401 Eoo,gy To,.) c~ iooooi toonu NOC,52oTy 740.904
044900, 0,0,000900, Loo$9.o., 004 000W COL2CC)CS c.~ ~ no.00.4000400

)9AI’.fl) (9.SIWI) OW) (4000) (1000) (OWl) (MW) (04W) (OW) (94W-MO) )040W.0o) (520))

Too.) GoIon.F~,o.,d Oo,n,00 Cod Slm5020 to, C,l.o(ITOI

(104100.4) (200) (yOGI ~ 40000oCoO OTTO Cool Cool 0,0000.00,0) 04.1000 COOT

(001)1 (700% (9041 90.1) (90)) (004) (704) 004) (10,11 (SOT (700)

Tot*) .04* 07450 C,o,Ioo,o, Cost In Cln,001I092(5102k.l 045400)

004(004,00 TOTAL dynE cy TOTAL

t auto coo, 725C40009020 ~° - - Coo,0000 ~ o4000000IOo) OOCO)RTCO SVO7EOI 0(000.404TO 09 02 000 50 4) 10 CO
Mood ,01029)COIPRE7II000o,ooo COST 000001T000ST TOTOL005T 000000T

(00)) 1501) (50)100,(I (91(11) (SO)) (500) (04.1% 14400 (SO)) (504) SOil) 04000) 100,10 (04)4),)

Tot0004 *90005, Co,tom,rCo,lIoCooooOkoI(Co,0,5007001000d(400

(500) (00))) (90)) (CMOS) ($04) 011$) (01)0) (oATS) 90$) 4,0)40)

(.000 40 0404 030 0) 9(9 050 099 500 5.15

01000,10 R.II.h)IiIy.sd *o.O.bI)I(y

950.01 E,oh.Io),0 by Stole

(Tool) (0020) (249.) (ToTS) (0,0,) (0444)

(‘0 (0470540 5)47 0,924 0.20)010 00.04

00 27.477.550 004)7 (1)02 10400)1 04.041 00)49

SI 9,021,204 10 100 0.529.702 17 10)
VT 550,9)7 9 I 021.140 I

5.1.1 50.4*9300 151444 04404 5l,904.749 59,010 0(497

CT000040I0IC0000oO.o1 20OCT04 CC 0000.oo) ~ ro.wo.y~yo

OS’S So (4 OIl 07

0050,00)0000044)0 ~ T4.I00400y.0 To,. ISO!..) S.),. 9.0010)4 o~ ~ 0 5420940100 50,000050 nnn*.h)S Colooll002
4400)10 5450,001.’ 005*05400 019400)0, 0020,00, 7.00040

(0)40) (OWl) (005) (5(00) (1100) 1°/sI (50) (0005) (0405) 45)

7404,009 0.014300 10441,549 000.01314 141450,197

bet Cn.gn NO.00.23

)OIWI) (0100)20100 40(0).) (1)00) IOWA) 005) (OWn) (001!) (0,05)

Cl 2400(00 4)7,9(2 5.0(400 1.00)00 40.002,00 14.540 1.151.020)).004.01021.0O.5)O (24)1.104
905 045(00 1.010.214 0 044,00) 10400.0)0 44 504,50 lI,10,0705,710,00 12)00,144
CIA 1,211.00 204.00 2,297,004 10,140.50 IS.IIC)70 4)000 730.575 (1,77L00 00.400470 420*0,070

7.0) 7,912.040 0,421,50 07440,90, 90270.04, 47,410.904 00444 0.092370 74,900.050 2L000345)94,400454
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Sommory of RroolIs. 2013 High Fool/Growth Sloooorlo I3SM-Fo000 Solottoo
of New Looglood Loot-Wool Solottoos Exolodot Control Connoolloot Rollobility Conoponenlo

Sumoo.oy of Ely P.r,l000lfl lo Co.lio~ik05

~. : .~. ~ c ~ ~. F ~

bowl) 10131)44) 4)0) I0’O%) CMOS) 14.7l) OW) 1410) 0)0) )0l4W13~) 154W-MI) 0041

To),) polog.Foo.rd 0.03rd Co.) Sumo.ry Inc Cosroctiso)

/404)60034) [00) woo, Co0..71!o) o~o..o..lorr,) On.) C.., N.g.lo •oign.~o

Tot.) .04*011.17 C,,I,or, 0015)0 Cloll0100ll (Mlck.I o.~Ioi.)

104) (04)4 004) (0041 104) (00/1,040) (SOil) /31.05) (001) 110,1) 10)4) bOWl) 004) 5)403)

Too,) .sd *1o0030 CuolooTr Co.) In Coor.rotlo,t (Colt 005on)o. R.o)oo) -

10,)) (3)01)) 1104) cOWl) /1)4,)) loll)) 04111) 10.1)1) 03)1) )ooivn)

r,looc)o 000,b)I)Iy .04 *r.l,b)0ly

0001

(1) 33W)

ISO-NE fmbo)oo, by SI.),

F.o)Soeoc)Iy

/30)3,.) 01000) II)) /03)4161 30700)

1.0.6) (Too) (moo) lOon.) (Ion,) Ito.,.)

ill 12152016071 03)) 641,405 6.4115,010

30140 3,400043433 ~°~‘~° 7~)looo.Ooo 3,5430.10340. C31OSOOS000 ~ C~4r4~0s ~~!‘ ~EE
16)146) 003) 003) 054) 000) IX) IX) 04)6/ /000) (0/

1261,110 01,113 14111.460 07,004,010 51,0712)0 IT’. 11% 174 l.III.540130).011) 07304.tl)

700,30 1,140,7)0 0.7)0,415 14.3)5.7)1 40,0)0,0)4

7,131.30 lnOIlAl3 42)0,470 317.310310 043115,07*

TorI 113.01 50001017

lOWS) 003) 0)0,) 1)01.) 1)101) )OW3) OW)) (005 IOIVI) )OW3)

CT t,il5,l1O 617,110 17.17)261 440/41014.375,50 1)_rio 4. 10,010 1,702)6 11042)3 17216.113

~ .702,5 601.03 0.001,4)4 006.0)4 1,~bo 1010 5,164,040 3100260 10541,00 11:140:151

Toil) 1.737360 .3704)0 51104 14, 14.775.711 46301.710 13,1 II 1.670.014 0.704)63 lt.07.0il 015.010,311

j-T.94



Summary of Reonlls; 2018 High Fuel/Growth Scenario, Conveoltonut Solution
Degree of New England Runt-Went Solution Enetudeu Control Connecticut Reliut,tltty Conoponento

Sommory 21 by P.r.oetcro In COflfltClIr)4

~.400C ~o4r.2o O20’)T$(0l00o444W0~, ,~ 10)0,9.06 ~~00I~OO ~°°“°~‘‘~“ 0060/0

(2/010%) (*00010 (4.04) (0)0(0) ((IWO) (1202) (MW) (204) )4.W))*)OW.2I4()6/4W.04) (012))

004.2 14&6g.Fono.rd Ro,o~,o* 4)0,0 Soromory for COs,r*€tIooO

(10046214) COO) (400) €6421601 MIoo0*~Co4 0072) CoO 4)4*, 0262 2) ~ 94)000020

(00/I) 5041 (204) 150,11 (204) (01,1.)) (004) (070,)) (00,)) ($2111) $02)

041~100,4/0007.05 C20*2,o*r 04*2(9 c00*00124t(M.rkOt $012b~~)

100)0,2011* 4r~o4.r4 (26 TOtAL 2000400 TOTAL
,.)LS IC 0. 0* OAT! nb. 6.1

26.0 L 000 722 Tn nO 00 00 00

(00.1) (0*4/)) 00,4) 000) ($011) 204) 000 (004) (€0.00) ($04) (60,1) *0004)00) (004) 6000)

TOO,!.,) 4o*rogc 020t€mrr Coot I,, COO*604I,I (Coot ,00croloo Reulme)

$00) (00,4) (900) (0400) (*04)1100) (4)0*) 0/boll) (00/)) (64)41,)

£2,004) 001).b)Iily .1.) Ao.O*Sfl)Iy

(60 50 00o,o*

74) (600)

E~*)&oorI7y

50*10004 O~0I*264.7 0r~0.*/b)t 00400.0604

(0(0(00) 0050(0) (74) (0000) (00,400)

(*671.2/Il 1t412.014171.410.703 4174 71.7040) 6O.76L02240220),272

(7.626) (Tho) )To~) (Too) (to,) (too)

6) (.1)0.610 II 124 .749.07) (4 ItO

T*I.lu,49402u ItOMI 47,70) 940u,.*nI (41.241 46271

- . 61 0 62 20 26 46 06 ~ ~r

((IWO) (00(0)005,4)000) )O0’l) (00%) (0)02) (002) (0)05/) )0W0)

00. 200)054 601)4)4 0 4)0,10 )t106240 240 0)2.2*0 2.066)0 6.722,40 (0)20.720
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200405.4)0(06(00 by Stale lOPS SIororl.sy

014.40062462 TOn)OooorO/o 70.)0ol.4544* 04n€,0.bo 6ooo*~0o 6200644.4. (ooo~So C~.r5*o~~

(042) (044) (0440) (00)0) ((IWO) (14) ((0) (0(00) (0)04) (6)

007)06 1.00,00 4,717,420 41.102)10 (4,00)76

40470 420,672 915)26 0.0)5.219 92)6201

125(0770 l.IlL69II4419,*na IOL001,700)49,I15,7t4

F442I..go.So,or,*ry



Somtoury of RonoItni 2008 HIgh Fool/Growth Soonurlo DSM-Foool Solution
Dogron of Now Loglond Eoot-~Vout Solotlon Eoolodoo Control Conoootloot RnIIuhiOty Compooentn

S..SO,*.y It tI.y 40r.oeIerI In Cnnn.utIcot

reOtodlOulel T4l91Veu,p T~0i
3.94 (All 0o4~4oe,l1IP 6*4419041 000’ 4*4110 140,4,30 040 V,00,olo NO lnoooo CT 1,11* (CR °~!‘~°‘ ISoo,(1403010140 C..’Hyfl,oo (041.tI.lllj,4

4)11031 19/03106) (4004) (0061 (031’) (OWl) (3,3W) (OWl (4(04 It/IWO4) (5/OW.04) (9404)

144.4 GnIng,Fo,n.rd 09,lO,4n Cool Surno.ry In, ClnlooIIl,.9

00 00 91 Cl ‘II — 0o,(fl 344 — ~ ~o

91 444 04 (.949 409 III 19 .744 .34 (03 9.049

143,4.94 AunTogn Co.I9OUC090ITCS9IIOIO4I IM.,01lOlgbon)

3,9.13,030 W4)lAoe ~ 404 0949 ~ ~ 4Cno~0(~ 1430(0900 ~ ~
(933/)) (9941(4 (13141 (40(4 1443,11 (40.11 19911(1 (193/I) (40133) (133!)) 1104(1 40,)) (10(09) (404(4 (40094

InhAled *191149 C0000aC093IoCOnol3k4llCne19900n)lnItlOIlOoI

SVCC030 143VC COST 31311403104 COST 90l30~fl COOT TOTAL COOT AVG COST
(140(1 (934/I) 1904) (3)W4) (tOll 4401) (0044) (30,117,) (40344 (COWl)

4,1(3 40 0,341 9.94 311 III 413 (.34 1,549 9.99

0(003,40 Oo((1b)Vly led *u.IONIllIy

19~0,0 ~

ISO’940 F,o,Inlon, by SI.?,

Tool (Tool Cob) (Ton) IT,o,) lr.o)

3/I 14,091.311 (4.09 9.30 13.340193 34,3119,014

001.144.004 33.1/I 7.4977.0(1*41 34043 7.303
9) 0447(44 (4 304 (.441,144 (4 354

‘0.04 lt.9171441019149 31)34 34,444)93 (47.444 49,144

Full N414r11y

l.l(41140709U 9410949,91 004(00141, To~1T0,,.0.00 00,0,11 ‘5’~’4’T 0400,9194(4/9 04094l10.TO7*l

(3(01/4) 0,3031(01 (Xl 100(1141 (000094

003 09,70.743

0444,414.44 0,4,9)1 . . doll) (3,34(3104444 (1.,30O~3’k 41(4104401
99049 (I(d/404001140 ~ 00010400440 T.o)RO./(9o1, ~ “ 4400994(0000,4/401494,9000VC*.,r(i511

10004/0 3(434090554 I 04391149044 3110,440 I(404405703,,100

(0)44) (004) (130’S( lO0’4( (0(00) (XI (XI 10140) (0091 (9)

7,319,443 011.011 1,01,000 03.400, 137 31.114.1IS24~, 41% 1% (,0II,1101103,033 3(4,09,09

90.340 0 90,140 1.10.4 10 (0493,414

9.444,104 1,310)40 34,419,104 134,410,144 141,4(0,944

Fool U. 040 0307 00 97

(003) (OW).) (0101.) (OWO( (04091 (01W3) (01W0( (0(001 (040,1 (0(04)

C’? 3,339,440 00.140 (9,444,944 4,0)4.443 (4,140,04 11.944 9.941,430 9.3(1.190 74.404)40 41.409,934

CLI (.103.910 (.343.913 3.907,044 34314,310 13,744.600 (1.010 0,0(4.403 (0,104.394 99,111.00 39,006,444
00401.4?T3,30(l,13/((fl.1990%734.37(.110 0.193.919 TOll (41,40 4,314)311 11,431.331, 49,0,4.4911

VI 431)0 441,10 3,474,00 4 (4,043 (.340 0 11.7404.044.943 4.003,03
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Sommory of Resells: 2018 High FoeI/Growlh Sooosorio, NooleorSolotloo
Degree of New Englood Enot-Weol Solotion Exoloden Ceotrol Conneolloot Relisbitily Coloponentx

Ss~n.sy .5 Key Psr,00lcss Is ConnooIIe~7

~oleT Cs.)osolI.o.4 ~ C.~*~5y RsqeMsxo?

)OWWN :0.410%) (004)) )Ml0’O (0047,) (4(444) SW? OW? OW) SOWn0) (500550 (450)

1)1.1 101.4 50% 7,04 51.544,474 47)414,100 .)5.0I0,504 0,550 14)44 .1,1)4 5.4 4.1 I_lW

To).) C.oIng.Fons.oS Ooosoose Coot S~rnm.sy (or C4000110101

CoeOICot’,tso Crc. :0 4 TOTAL

00440 10)45) (VAIl) 5,0.100 TIIAO.410C40 ICy,) Coo o’~ ‘0°” ~ 54500400

:4010 (500) 945,)) (SAil 90,4 (54),)) 4504) (540,1? 140,)) (055,)) 545,0

Tot.I .0,5 Aoor.5 Co,I.ss,o Cost Is Cs507elIolt (M.rI)st 095)00)

147)5,40 Oftosoos 10? CS (0 0514001 Coo bC.. TOTAL1,~454,0~ C0°0,Ao 000500004 01,0 5501,0 r.5).h10 Coo) ~~ 004510010 OCT41

401 II (505,5) 00,)) 170,01415,11 (40,)) :000) (001)?) (54100) 1401,1? ISMi)) 144101 040001 (0M,)l 5004)

T45.l.nd040o.g.Co.tsooeCootloCooso.Olost )Co.7.54sssloo0~IosoI

404,)) (1000) 154)0) (4404) (SIC)) (40,)) (7454) (5,1404) 144?) 114(04)

4,015 454 4,400 504 IA 110 441 III 0,040 7,74

004045 ReO.t?4(ty sod 04.I.bIIIy

04) lOW)

FocI Tool oily

000004,oodA’Ot00004.,o0 0050ICOIOO C47lA54~oo1 (40.71000 00144 74?4)0)04070

145150)4) 05000) IX) 1454100) (45040)

ISO-NE 44.10.00. by 45,5.

1000) 5,0.0) 010)0) 10,0) ITO.) (0.45)

CT 5,460,401 (4104 0.460 51)10,604 51,157 0,000

07 10,71500 V.44) 10)41 15,7*4)44 57,051 50)7)

I’S 444)41 0 4 504.01) 0 I

(1)04) (0001 000,) (OWl) (00%) 00%) )11W4) (0500) :000,) (04%)

I’S 5,515.010 4)4,0.0 10,400,4)4 4,111,910 11.744,00 14.110 (.459.510 15.414.914 14,047,040 49,451,0)0
00 5000,110 1.014.440 0 104)74 11,101,900 510 000,140 11.07.450 0.40,060 17.040.010
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004 Sooso.ry

4.55. IW)ooso04,,o, ~ 701040004,0 7450)04.04.6. 0oo~..0o “‘ 4500.00 4ss040 ~=~: C;:=o

(45)04) (1500) (1504) :001) (IIWU) (~1 114) :4441) (OWl) IS)

1)7(00) 5(1.50 1.517,715 00,411,04 5t.l01.Sll 47)/. 774 114 1,115,110 (.10(514 510,50)440

(.105, 040 109,500 1.100.4)4 10,100.10 07.010)05
007.414 5.040.1)4 1.715.190 15,400.410 15,951,414

1,404,500 5011,114 54,444, 504 550,010,459 140,400,754
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Smosoory of Re oils: 2018 High Fool/Growth Sooornrlo, Cool Sohstloto
Degree of New Englond EOSI4VMSI Solotton EoolodWA Control Coonvolloot Rnltobility Conopononlo

SMMI*.oy .5 54.7 P.790004.454,30003041

Po.2 loAN.! .1 009) 3.o7~y 70141 VOC.y~0y r Its
04.44,0? Goo,01 U3l’ 12441.0.1 000 ‘I 04)10 (44444014 01441 0.10,0014 7(41 l,0p40 CTLTFOICR C.744)y 1900412)e490ll00 C.(.447000 F.41,S40?00 qo’vo

01NOV01 (01NOV21 4MW) 4.4001 (01440) 170W4( 1(0) lW) (0001 (SAW-Mn) (tAW.M4( (MW,

To).) 002n0.F,,n.,d OoSon,oo Coot Snoooy t~, Cotlo,.5

V40o.oi (TOM) (vow oooocooocrl coo Co.! ~ rop... 0000UlSCt

100111 (tM,V (0011) l4O,OISSITISO,I) (SCM) 155111 (40,11 14010 ISO)

ToOl Sod 0000.05 Coolnoor Coot In ConoosOsnt (M.rknt 0s~0oet

14.00441 4077)04 p0941*0004 Spo ((Olin ~ v~~oo ~ SPOOnS )ROC.0 ~ ANORSOM140~4_,44W too VV~~,~J0~S% oVv~1~o0;ox O,Mo~0M0(U COST 01001250 COST TOTAL COST AVG COST

(000 ((MIII 10011 I (tOll) 00(0 (40,0140,1) (504) VOlVO) (tOll) (SM!(((SMi(( )200V0( (10,0 (fAWN

Totol 07(5 *405044 4,000cr Cool 44 C44404( loot (Cost ooSorole. 0o~/ooo)

(352,11 (CMIII (00(i)) (SAWS) (SOil) ((0(l) - (tot) (p0,111) (SOIl) 44,0,00,1

(NO-NC CoIooLoo, by 00,0

00.1CM) 04101 NT. 5.9) e*t ron) 1400 044.1 00

(0014) or.oo) (3004) (VIol )Oo.o) (00114)

(IV 4.044.540 4.4(9 4,403 4104.043 4015 SOOt

CT0000SOO2C’TNGOOOOOO ToI,ICVOV C0002004047

(00014) 00000 (44)

(ClOT) (001!) (4201!) (010!) (dOS) (0001 lOWS) (SIWO( (004) 5103)

Cr 5,07)0)0 OILING 11140430 10.430317 1)0(40(0 - ((3(0 (.050,70 15,015,0)0 (2391,07 40.4(t.ttl
ME 3004,040 (.022.00 0 304(70 I(.544,420 OS 224,340 1230t.O34 2,054,400 0.040,070

NI) 575,00 7,440.750 10,140,00 4.010,401 5,441.00 410 00,00 4,001,IVTIIAIIt,1,Sl 30,0(4,4(11

1.107.44(344 .,OTP,7.(4 07.070.700 00373.701 40,402324 43.104 43n0341 54,501.509 92,94,701 1(7,3.340

H-98

13.4044 S(nII.bIOly .00 AS.lbb)IIty

(014,011 940.04

Fool Soroslly

ROT S,n.o.ry

447424 (0 0000024 039 004* 04040:

10400,) (0(00) (430’S) (VIM’S) (0402) (14) (14) (01051 (000) (0)

1,040,00 (.040,41.4 1.400.910 ((280,473 17,517,440
1,714,440 745344 7.300.510 11350,40 05,04O.241

1444350 4,014, 749 24,140,410 04,120,450 440,420,744

(‘4.2 Il,.go 0.oo,,T



Sooo00y of Reoosll,: 2030 111gb Fool/Growth Soonorlo, Coovno$ioool Sohotjoo
Degro; of New Loglond Eoot-Wotl Solotlon Eorlodrs Cool/rot Coooootirol RelloloOlty Coo

00000ryof Roy P,r.molor. 4, Cooo;oOo,5

4004040 C 000000 •o.30.,o, 0*, ~ 0,3o_ 0005)40 0000, ~:=~C00.Tr)0ro0C45

ToO,) Go(oO.Forw.rd 00000OOO COOS Somo.ry for Cnnoos(oo5

)0~b~.4( (000) )V0O) C0)05744 0(40* C 004, CoO 000040000,,) 7.04040* 00000000

005,0 100,01 00(0 (004) ($0.11 (00,1) 05071(1 ($0011 (fOil 005(I) (SOil)

1,5.) sod 40,0.40 CosOmo, Cosi 40 C405ooSlooS (0040k;) R~Isoo)

F$P,)0,o,, Ad 0)4, Torn 44000CC TOTAL
).00U’LSO’ 0000)0, 40000~,4*00 5000000. Cr0 0740 ~‘°~‘ 00500A0505 00500004TOT 070 COO (000,0 ~ .450)0.000

ISO)) (S4)~l( ($04) ($0.1) 4011) (00,0 (fOil) (fOil) (54(47,) 00) 00011(00,11 (2400) (00,0 (0404)

To).) .00 doorogo Co,I;mor Cot 4, C,050054500 (Co.) olSon)); RoØmr(

(00(01 (000) (0011) (IOWA) (0041 (430) (00)0) (00)10) (00(4) (14(00)

F.)oo040 000.044)y ..d Ao.II.bI)lty

04) (0004

ISO-NE 00)00*0, by 050);

(00,0) (Coo,) (000) (CoOS) (Coo) (TOO,)

RI (3)9.141 (5 0)5 (.00,05) 0) 005
Or 0)043)0 50 300 234030) 00 00

Cool SosorIly

(3050,4) 0040)0) TI) (00)50) . (00500)

0055orro;ry

00740 SodooOrO00(oo ~°~‘°~ 004l0o,o,)oo Sd,)040)OoO, 030000 CAoo)Oooo.0lo ~ Cs CS~000o404 ~3so0o,

(0001 (000) (MOb) (0500) (0)04) (‘.4) 74) (0(40) (0051 5)

0)4350 2.050,950 3.50)300 00095.0)0 (430.45)

0)004 447.0)0 .0)0)0 (0,0504,0 0.01.145

7.750395 7.04434• (0,037,554 177.003344 074)04044

Coo) 0,4 05 0000. 095

(004) (*500) (007,) 0)00,) 0)40) 4000) (0)00) (0(00) (00(0) IOWA)

CT 5301.5504(5.00 (5)30.040 4307,10 54)60.950 50.430 (345)0 10)0)0% 50,00340 143)0,470

00 ~ o:0;:110 5,54,90 00)1304000440 ~ ‘~., 4.44(00 ~ 30:000,05)
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SMm333ary oCR90uitsI 2030 High Eon/Growth Soo40rio, OSM-Focas Soiotio,,
Ongron of Nrw Esgiand East—~V44t Soiotion Exclodns Cnntrai Conncniinnt Reliability Conoponentn

Sl,lllm.,y 43 404y P 700037,033 C455101(145

L4SLOIP 90110 LOP to’l 7.911 9009004,34 3,610400(4.! 048(9 30 O~u 90 (25? (CS (‘TI,3l8.I(9*41(7d 34433(~ C4P%)))y 9014 y.41,1,.9 FIjI.

(401)05) 30013) (U90 60411 (OWl) 5(47!) (OW) (OWl (4(01 (0)4W.41.( (SOW.06 (57W)

(304 1(0) 3574 0,700 3524,0.I.I? 3L14141 .14.416,166 9.479 (.347 (.934 7.3 7(0 (.00

Tot.! Co(og.P.n~,d O.~4,c, Coat Summ.ry far Co 4.06143

(7363) (VOW) 1114 10,8) ‘~ 3) 0141.4 ~3110

10,)) 30,0 (34l~l( (60.)) 130,0 (304) (3574) (300) (30?) 30))) 404)

Tol*I s.d 000,144 flolImIr Cool I. CI3on.ll.41 (Mar50 R~I.o.)

Lo.4’4017 00701, ~031.,l 1(71,9 ,‘~51’1’~, 034073 4(07*0(05.400071 3090599 46940.091

00,0160,11 (304) 1301) 13511,11 (30,)) (304) 1451,1) (4)0(90) (SM,)) (334,)) (3341) (4001) (SOil) (lOWS)

To?.) *312337141 Coalam.r CIII 35 C430353143? (Ca*l 430384111 RngIIo.i

(301)) (SOIl) (300) (71*04) (300) (40)0 304) (3005) (305) (05.0)11

0(00(1 R.II.bH(Sy and flloOobO(1

(4093,4. =
(74) (530)

ISO.74E Em(43104* by SI.?.

Foal 5730 5(63

~ 04 19,10 (‘36 0b9~~95 $44117 04

0115 Summary

204) (3444) (larn) (540) (1444) (0.3.)

(‘0 11,543.333 (3,1(1 6,00) 66.1(3013 33,1)8) 3,470

31 (.911.414 II 117 1.911.441 (7 017

0.).) 43,444,473 03344 1044% 0.409,444 141,19114.713

0.roo ((yOu 0,7414)48 ~ Oma)Oyor.o(,o4, 7444) (Ir.,)6.k, 1.00*1.. ((444164041314. Rm.r04 4)0 61,47.44(4 039,03). 113.1311444
11141191(44 9411 ~ 903 “48 5~4lo04 1110,01)49 0.00)03 34000107

(MIII) (5144) (3404) (43W4) (10,4) (7*) (74) (0)419%) (004) (1)

1.511.34)) 5(9,9(0 I 1.1*1.333 15310,(4549.4)5.137 404 43% 4% ).544.54(0471.9’S 144.093300

50(30 441.710 (.0(4210 9,404(14 9.4)1.14%

7.717.140 7,317,160 19,409,444 154.014,7*4 143,517,184

114 9 I Co. go S ‘403 (05 87

41 ~‘~‘ ~ 00044 ~ ~ 9400

(4404) (5(01,) (4)44.) (8(90) (4011,1 (OWl) (8104) (5104) 10(47,) (0641

CT 0,040,940 6(9.403 17.146.140 4(37,70 17.30)874 15.10 L,7,11035444.130 04,40(300 51,714240

07 941.10 444,710 5,4(4.174 0 5.141.110 14,714 4 3,17(4134.013.3(3 9.594,104

TO,) 4,717440 7497.0.0 47.745,91141.97O,710 00444*43 74314 5.029,740 11,149404 74.0(099 (75.00*311
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Sommory of Rosolls; 2030 High FsscUGroyvlh Soonorio, Nudoor Solotion
DCgrou of Now Englond End-West Solotion Exdnden Ceotrol Conneeticot Rc0obility Consponeots

Soom.syolKry t%r 005305 ColonS

)OCO00O55~0ly ‘Cd 3000 ~ 0~~04COWs CT00OCOCO CO)02 COyoSySdo y~,.o

T~0I Go)oo.Psr,,.rd 055oloroo Coot S0,oos.~ for C~oo~ot)o,oI

00 00 4.. ‘T%.~ — ~~gv ~. ‘r to •0
(COClOWO)) 1044) )V0O) 0)k4000COOI000) Cot Coot 0007004,00,.) ~ COST

(Sod) (SO’)) ISO,)) 50,1) (30)0 ISO’)) (0572) (7)7,)) (00.)) (SM!) 1347.1)

To).) ood Ao,r.g~ Cootsoor Cool IS Cooo,oIi505 (Storkol R~)m,)

Co 001 004~o ~°~°~°°‘° °°°~ u n ~°~°~°° ~ O~T ~

(SSSd) (304) (500 (07211 150!1) 000 (SM)) (50,)) (COWS) 007,)) (SM.)) (50,1) COWS) (SOd) 5)0011)

ToI.).sd Asongo C20000rCosl)oConnsofkul(CoSofSo,s0oo004)oe)

50.1) (502) (SOd) (fOWS) )SSO( 507))) 001) 4,07)0) 0550) (54(04)

0050)5 000500hSy nod Ao.i)obl(Iy

)SO,M000400

ISO-NE Eoo(sdons by Stole

Foe) Sees roy

Cr0000 OCT7)OOoo.ot (504)500 (5050
.~05oo.y.~d oMyo.d ~ TOO)CT000O)OO Co.oJo)o.~4 O,o~d~(Wy

(075700) 05500) (0) (05700) 00500)

To,) (Too.) 00.01 Cr0.0) (OW,) lOW))

I’S 15207,105 (0,351 4,444 15,10105) 50,377 0.774

MO 0,555,757 74,344 50,640 15,450.437 71450 (4,459

5004)OOyO,C.oWoo ~ 000)O.o,.ol,o. 1,0) 50.2001,0 ~.o.o.o~ tSr.) 0o...b0, O~t0o
)(400.0100 ‘ , 0494400.0) 549004.40 004W)W 04W40440 royoo..l,

(05(40) (005) 0700) (5505) (000) (0) (0) 0700) lOWS) II)

5,001,701 017,01_I 7)0)40) (1(05210 4)1074,00 54% 40% 1% 1.001,10) 7,207,30) 07507,417

F)ooICo~g0S4mo05y

5705) MW)) 7001,) 10701,) lOWS) (OWl) (0011) 000) (0)57,1 00)0)

OS 2,02.754)0)4.04 0 055.70 (0,222,320 1,721 (10.010 IS.704T(S.525.S(0 2)6)0.0)
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Smomoory of RooolOso 2030 HIgh I400llGrowth S002006rlo, Cool 051561105
IrCE of Now Eoogloood Eoo4l-~Voot Solsolloos Exolodos ConIrol Coooosrotloot RoliolsilIly Cosopooroto

Oooo.o.sy of GoyS.r,oos,s, IoCooo,00005

I,,. 04 — LU tOO r 50 ,,ooo to cr sO 0).

05401,) )SIUIW4) (OW) (00050 (00010) (tAO) (OW) (5.5W) (000) 0001.04) (SAW.050) (000)

Too,) Co)og.Foososd 02~oo,s, Coot Loooosocy So, Coo,0002).5
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Summary of Results: 2013 Loss’ Stress Scenario, Conventional Solution
Degree of New England Earl-West Solution Eneindes Central Connecticut Reliability
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Suronsory of Results: 2018 Low Stress Scenario, Conventional Solution
Decree of New Eneland Lust-West Solution Excludes Central Connecticut Rcttobititv Comnonents
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Summary of Resulls: 20111 Low Stress Scenario, Nuclear Solution
of New England East-West Solution Euclodes Central Connecticut Reliability Components
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Snrnmnry of Recalls: 2030 Low Stress Scenario, Conventional Solution
Dcgrcc of New England East-West Solotion Excludes Central Connecticut Reliability
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Soonmury of Results: 2030 Low Stress Scenario, Nuclear Solution
Degree of New England East-West Solution Excludes Central ConnectIcut Reliability Components
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APPENDIX I: SECTION 51 of PA 07-242

Sec. 51. (NEW) (Effective from passage) (a) The electric distribution companies, in consultation
with the Connecticut Energy Advisory Board, established pursuant to section 16a-3 of the
general statutes, as amended by this act, shall review the states energy and capacity resource
assessment and develop a comprehensive plan for the procurement of energy resources,
including, but not limited to, conventional and renewable generating facilities, energy efficiency,
load management, demand response, combined heat and power facilities, distributed generation
and other emerging energy technologies to meet the projected requirements of their customers in
a manner that minimizes the cost of such resources to customers over time and maximizes
consumer benefits consistent with the state’s environmental goals and standards.

(b) On or before January 1, 2008, and annually thereafter, the companies shall submit to the
Connecticut Energy Advisory Board an assessment of(1) the energy and capacity requirements
of customers for the next three, five and ten years, (2) the manner of how best to eliminate
growth in electric demand, (3) how best to level electric demand in the state by reducing peak
demand and shifting demand to off-peak periods, (4) the impact of current and projected
environmental standards, including, but not limited to, those related to greenhouse gas emissions
and the federal Clean Air Act goals and how different resources could help achieve those
standards and goals, (5) energy security and economic risks associated with potential energy
resources, and (6) the estimated lifetime cost and availability of potential energy resources.

(c) Resource needs shall first be met through all available energy efficiency and demand
reduction resources that are cost-effective, reliable and feasible. The projected customer cost
impact of any demand-side resources considered pursuant to this subsection shall be reviewed on
an equitable bases with nondemand-side resources. The procurement plan shall specify (1) the
total amount of energy and capacity resources needed to meet the requirements of all customers,
(2) the extent to which demand-side measures, including efficiency, conservation, demand
response and load management can cost-effectively meet these needs, (3) needs for generating
capacity and transmission and distribution improvements, (4) how the development of such
resources will reduce and stabilize the costs of electricity to consumers, and (5) the manner in
which each of the proposed resources should be procured, including the optimal contract periods
for various resources.

(d) The procurement plan shall consider: (1) Approaches to maximizing the impact of demand-
side measures; (2) the extent to which generation needs can be met by renewable and combined
heat and power facilities; (3) the optimization of the use of generation sites and generation
portfolio existing within the state; (4) fuel types, diversity, availability, firmness of supply and
security and environmental impacts thereof, including impacts on meeting the state’s greenhouse
gas emission goals; (5) reliability, peak load and energy forecasts, system contingencies and
existing resource availabilities; (6) import limitations and the appropriate reliance on such
imports; and (7) the impact of the procurement plan on the costs of electric customers.

(e) The board, in consultation with the regional independent system operator, shall review and
approve or review, modify and approve the proposed procurement plan as submitted not later
than one hundred twenty days after receipt. For calendar years 2009 and thereafter, the board
shall conduct such review not later than sixty days after receipt. For the purpose of reviewing the
plan, the Commissioners of Transportation and Agriculture and the chairperson of the Public



Utilities Control Authority, or their respective designees, shall not participate as members of the
board. The electric distribution companies shall provide any additional information requested by
the board that is relevant to the consideration of the procurement plan. In the course of
conducting such review, the board shall conduct a public hearing, may retain the services of a
third-party entity with experience in the area of energy procurement and may consult with the
regional independent system operator. The board shall submit the reviewed procurement plan,
together with a statement of any unresolved issues,to the Department of Public Utility Control.
The department shall consider the procurement plan in an uncontested proceeding and shall
conduct a hearing and provide an opportunity for interested parties to submit comments
regarding the procurement plan. Not later than one hundred twenty days after submission of the
procurement plan, the department shall approve, or modify and approve, the procurement plan.
For calendar years 2009 and thereafter, the department shall approve, or modify and approve,
said procurement plan not later than sixty days after submission.

(f) On or before September 30, 2009, and every two years thereafter, the Department of Public
Utility Control shall report to the joint standing committees of the General Assembly having
cognizance of matters relating to energy and the environment regarding goals established and
progress toward implementation of the procurement plan established pursuant to this section, as
well as any recommendations for the process.

(g) All electric distribution companie& costs associated with the development of the resource
assessment and the development of the procurement plan shall be recoverable through the
systems benefits charge.



APPENDIX J: SCOPE OF SERVICES

Subject to the joint direction from the United Illuminating Company (UI) and The Connecticut Light and
Power Company (CL&P), review the State of Connecticut energy and capacity resource assessment and
develop a comprehensive plan (the Plan) for the procurement of energy resources as required by Section
St ofPublic Act Number 07-242 (the Act). In addition to the work proposed in Consultant’s response to
the Request for Proposal dated July 23, 2007 and pursuant to the Act? Consultant shall develop a Plan that
includes but is not limited to the following:

1. Review the state’s energy and capacity resource assessment and develop a comprehensive plan for the
procurement of energy resources, including, but not limited to, conventional and renewable
generating facilities, energy efficiency, load management, demand response, combined heat and
power facilities, distributed generation and other emerging energy technologies to meet the projected
requirements of their customers in a manner that minimizes the cost of such resources to customers
over time and maximizes consumer benefits consistent with the state’s environmental goals and
standards.

2. Assess and provide detailed reporting on the energy and capacity requirements of customers for the
next three, live and ten years; and extend the analyses and assess required/recommended resources for
the timefranie required to substantially demonstrate the long term impact of various potential
solutions (said timeframe shall not be less than 20 years).

3. Assess and report on the manner of how best to eliminate growth in electric demand.
4. Assess how best to level electric demand in the state by reducing peak demand and shifting demand

to off-peak periods.
5. Assess and report on the. impact of current and projected environmental standards, including, but not

limited to, those related to greenhouse gas emissions and the federal Clean Air Act goals and how
different resources could help achieve those standards and goals.

6. Assess and report on energy security and economic risks associated with potential energy resources.
7. Assess and report on the estimated lifetime cost and availability of potential energy resources.
8. Consider approaches to maximizing the impact of demand-side measures.
9. Consider the extent to which. generation needs can be met.by renewable and combined heat and

power facilities.
10. Consider the optimization of the use of generation sites and generation portfolio existing within the

state.
11. Consider fuel types, diversity, availability, firmness of supply and security and environmental impacts

thereof, including impacts on meeting the state’s greenhouse gas emission goals.
12. Consider reliability, peak ioad and energy forecasts, system contingencies and existing resource

a~aiiabilities.
13. Consider import limitations and the appropriate reliance on such imports.
14. Consider the impact of the procurement plan on the costs of electric customers.
15. Resource needs shall first be met through all available energy efficiency and demand reduction

resources that are cost-effective, reliable and feasible. The projected customer cost impact of any
demand-side resources considered pursuant to this subsection shall be reviewed on an equitable bases
with nondemand-side resources.

16. Specify the total amount ofenergy and capacity resources needed to meet the requirements ofall
customers.

17. Speci& the extent to which demand-side measures, including efficiency, conservation, demand
response and load management can cost-effectively meet these needs

J- 1



18. Specify needs for generating capacity and transmission and distribution improvements. Note that UI
and CL&Pwill perform some of the work and provide inputs related to the referenced distribution
improvements.

19. Specify how the development of such resources will reduce and stabilize the costs of electricity to
consumers.

20. Specify the manner in which each of the proposed resources should be procured,. including the
optimal contract periods for various resources.

21. Compare various solutions on a cost-of-service/revenue requirement basis, for all relevant finure
scenarios.

22. Compare various solutions based on predicted/resulting market revenues, including: wholesale
Locational Marginal Pricing (LMP*), FCM, LFRM, and ancillary services; for all relevant future
scenarios.

*LMP shall mean the hourly price for energy, congestion, and marginal losses at a node.
23. Forecast resulting retail prices~~~*, i.e. Generation Service Charge ~GSC) for each proposed solution

for all relevant future scenarios under both of the following regimens:
a. Market-based pricing (non-dedicated resources, marginal based pricing).
b. Cost of service based pricing (dedicated resources, supplied at cost).

**Retail price (also referred to as generation service charge, GSC): full requirements load
following power supply priced at the custom~r’s meter, including but not limited to changing
hourly energy requirements, capacity, operating reserves (forward pool-wide, forward local and
spinning), automatic generation control, uplift charges allocated to energy market loads, ISO
charges, NEPOOL charges, supplier administration costs, and the costs of managing the various
risks and uncertainties attendant to serving load with retail choice.

24. Assess the relative influence, of all factors on predicted outcomes.
25. Assess the robustness of various possible/proposed solutions; including but not limited to subjecting

each/all solutions to multiple future conditions/scenarios, and rating the performance of the possible
solutions using an agreed ~ipo.n weighting ofmeasures of merit.

26. Deiiv~r to UI and CL&P in both detailed written and electronic form:
a Inputs
b. Assumptions
c. Outputs
d. Modeling bases
a. Detailed descriptions of the inputs, outputs, each model’s mechanics, and the process used to

integrate the various components and development of the results.
f. Identification of likely ranges for all inputs and outputs and provide assessments of uncertainty

related to the same.
g. Basis for combinations of factors used to develop the relevant future scenarios, and an

explanation of any known or suspected correlations between factors.
27. De[iv~r to UI and CL&P interim work products, presentations, draft reports, and final reports as

specified in Exhibit 13, Schedule.
28. Provide ongoing consultation, testimony, analysis, revisions, and defense of tl~e Plan in conjunction

with the CEAB submittal and review scheduled to commence on January 1, 2008.
29. Provide ongoing consultation, testimony, analysis, revisions, and defense ofthe Plan in conjunction

with the DPIJC submittal and review scheduled to commence no later than ‘120 days after January 1,
2008.
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Public Service Company of New Hampshire 
Docket No. DE 11-250 

Date Request Received: 09/16/2013 
Request No. DEPOSITION-004 
Request from: TransCanada 

Witness: Gary A. Long 

Request: 

ATTACHMENT 21 

Date of Response: 11/14/2013 
Page 1 of 5 

Who prepared the $11 per MMBtu price assumption that appears in Deposition Exhibit 9, PartE, page 
15? Please provide any underlying materials relied upon by the person preparing the MMBtu price in the 

report. 

Response: 
The referenced $11 per MMBtu price assumption was based on actual reported Natural Gas Prices for 
dispatch at PSNH generating units at the time the analysis was performed (2008}, as prepared by the NU 
Fuel Purchasing Department, rather than any specific forecast. The $11 was assumed to continue until 
2012, after which it was escalated at 2.5%. Forecasts available at the time (including those relied upon 
by FERC Staff in its presentation to the FERC Commissioners dated June 19, 2008, which are included in 
Deposition Exhibit 9 at Bates pages 21 and 22) support the base assumption and escalation, but were not 
used directly nor relied upon in preparing the referenced MMBtu price. 



NEW HAMPSHIRE UNITS ONLY 
INCLUDES S02 ADDER 
15-Jan-08 Reported Nepool 

Price 

Note: Dollars per Barrel, Dollars per Ton, Dollars per MBtu 
calculate the Replacement $/MBtu. w/o ADDER Replace. HeatRate. w/o adders Nom. 

Sulfur Delivd Btu $/MBtu Btu/kWh $/MBtu $/MWh 

498 
557 Schiller5 Coal 0.62 69.36 13,122 3.203 11,172 2.643 $35.79 
558 Schiller6 Coal 0.62 69.36 13,122 3.187 10,998 2.643 $35.05 
556 Schiller4 Coal 0.62 69.36 13,122 3.187 11 ,041 2.643 $35.19 
490 Merrimack 2 Coal 1.24 82.8 13,046 3.637 9,682 3.173 $35.21 
489 Merrimack 1 Coal 1.34 77.91 13,422 3.315 9,721 2.902 $32.23 
481 
508 Newington blend oil/gas 100%oii&O 11.66 12.064 10,793 11.656 $130.21 
480 
397 
481 
390 
391 
390 
480 
493 
493 
520 
519 
508 Newington Oil 1.09 76.44 156,149 12.058 10,793 11 .656 $130.14 
508 Newington ~ 11 (010,793 11 $118.72 
390 
391 
493 
493 
481 
480 
494 
494 
556 Schiller Oil 1.09 76.44 156,149 12.066 10,887 11 .656 $131 .36 
557 Schiller 5 NWP Wood 0 31 4,274 4.078 13,078 3.627 $0.00 
482 

NOX Fuel Fuel Fuel Ash/Slag Main\ So2 Oper. 
Adder/ MBtu Add'tve Unload Handle Dispose Costs Adder Adj. 

Newington 0 Oil 0.1968 0 0.0757 0.31 0.054 2.0003 
Schiller 0 Oil 0.14 0.05 0.05 0.35 0.1 2.0003 
Merrimack 0 Coal 0 0 1.0088 1.3546 0.9673 7.758 
Merrimack 0 Coal 0.3924 0 1.0306 2.5038 0.9882 7.175 
Schiller4 0 Coal 0.359 1.87 1.87 5.5 1.0847 3.595 
Schiller 5 0 Coal 0 1.87 1.87 6.2835 1.0847 3.595 
Schiller6 0 Coal 0.359 1.87 1.87 5.5 1.0847 3.595 
Schiller5 Wood 1.355 1.25 1.25 
Newington 0 Gas Included in $/MWh is an inefficiency rate of 3. 7% 

$289.00 per ton S02 - Allowance Price 
$520.00 per ton S02- Allowance Market Price (Newington) 

$0.00 per ton NOX - Allowance Market Price (Newigton) 
$0.00 per ton NOX- Emission Rate 

NX-4 
Adders 

2.6368 
2.6903 

11 .0886 
12.09 

14.2787 
14.7032 
14.2787 

3.855 

Docket No. DE 11-250 
Record Request DEPOSITION 

Dated 09/16/2013 
DEPOSITION-004, Page 2 of 5 

Per A. Dall 09/21//2004; 
effective 09/22//2004 
Date 
Changed 

27-Sep-05 
28-Jan-93 
28-Aug-07 
28-Aug-07 
24-Jul-06 
24-Jul-06 
24-Jul-06 

17-May-06 

The NWPP dispatch price is inclusive of a production tax credit of $10/MWh and realized (and forecast) REC revenue of approximately $50/MWh. 
(The dispatch price without REC and PTC = $53.33/MWh. ) 



NEW HAMPSHIRE UNITS ONLY 
INCLUDES S02 ADDER 
15-Feb-08 Reported Nepool 

Price 

Note: Dollars per Barrel, Dollars per Ton, Dollars per MBtu 
calculate the Replacement $/MBtu. w/o ADDER Replace. 

$/MBtu 
HeatRate. w/o adders Nom. 

Sulfur Delivd Btu Btu/kWh $/MBtu $/MWh 

498 
557 Schiller 5 Coal 0.63 80.5 13,077 3.643 11,172 3.078 $40.70 
558 Schiller 6 Coal 0.63 80.5 13,077 3.626 10,998 3.078 $39.88 
556 Schiller 4 Coal 0.63 80.5 13,077 3.626 11,041 3.078 $40.04 
490 Merrimack 2 Coal 1.2 86.83 13,054 3.78 9,682 3.326 $36.60 
489 Merrimack 1 Coal 1.72 80.3 13,419 3.486 9,721 2.992 $33.89 
481 
508 Newington blend oiVgas 100%oii&O 11.16 11 .518 10,793 11.16 $124.32 
480 
397 
481 
390 
391 
390 
480 
493 
493 
520 

- 519 --- ------- ---
508 Newington a 1.09 73.19 156,14(:E)10,793 11.16 $124.25 
508 Newington 10.96 10.96 10,793 10.96 $118.29 
390 

s 

391 
493 
493 
481 
480 
494 
494 
556 Schiller Oil 1.09 73.19 156,149 11.52 10,887 11.16 $125.42 
557 Schiller 5 NWP Wood 0 31 4,274 4.078 13,078 3.627 $0.00 
482 

NOX Fuel Fuel Fuel Ash/Slag Main! So2 Oper. 
Adder/ MBtu Add'tve Unload Handle Dispose Costs Adder Adj. 

Newington 0 Oil 0.1968 0 0.0757 0.31 0.054 1.6724 
Schiller 0 Oil 0.14 0.05 0.05 0.35 0.1 1.6724 
Merrimack 0 Coal 0 0 1.0088 1.3546 0.9673 9.93 
Merrimack 0 Coal 0.3924 0 1.0306 2.5038 0.9882 6.944 
Schiller 4 0 Coal 0.359 1.87 1.87 5.5 1.0847 3.662 
Schiller 5 0 Coal 0 1.87 1.87 6.2835 1.0847 3.662 
Schiller 6 0 Coal 0.359 1.87 1.87 5.5 1.0847 3.662 
Schiller 5 Wood 1.355 1.25 1.25 
Newington 0 Gas Included in $/MWh is an inefficiency rate of 3.7% 

$289.00 per ton S02 - Allowance Price 
$435.00 per ton S02- Allowance Market Price (Newington) 

$0.00 per ton NOX- Allowance Market Price (Newigton) 
$0.00 per ton NOX - Emission Rate 

NX-4 
Adders 

2.3089 
2.3624 

13.2606 
11 .859 

14.3457 
14.7702 
14.3457 

3.855 

Docket No. DE 11-250 
Record Request DEPOSITION 

Dated 09/16/2013 
DEPOSITION-004, Page 3 of 5 

--- --- ----

Per A. Dall 09/21//2004 ' 
effective 09/22//2004 
Date 
Changed 

27-Sep-05 
28-Jan-93 
28-Aug-07 
28-Aug-07 
24-Jul-06 
24-Jul-06 
24-:Jul-06 

17-May-06 

The NWPP dispatch price is inclusive of a production tax credit of $10/MWh and realized (and forecast) REC revenue of approximately $50/MWh. 
(The dispatch price without REC and PTC "$53.33/MWh. ) 



NEW HAMPSHIRE UNITS ONLY 
INCLUDES S02 ADDER 
14-Mar-{)8 Reported Nepool 

Price 

Note: Dollars per Barrel. Dollars per Ton, Dollars per MBtu 
calculate the Replacement $/MBtu. w/o ADDER Replace. Hea!Rate. w/o adders Nom. 

Sulfur Delivd Btu $/MB!u Btu/kWh $/MBtu $/MWh 

498 
557 Schiller 5 Coal 0.64 72.25 13,163 3.307 11,172 2.744 $36.95 
558 Schiller 6 Coal 0.64 72.25 13,163 3.291 10,998 2.744 $36.20 
556 Schiller4 Coal 0.64 72.25 13,163 3.291 11 ,041 2.744 $36.34 
490 Merrimack 2 Coal 1.2 86.83 13,054 3.78 9,682 3.326 $36.60 
489 Merrimack 1 Coal 1.37 80.87 13,473 3.418 9,721 3.001 $33.22 
481 
508 Newington blend oil/gas 100%oii&O 11.34 11.701 10,793 11.343 $126.29 
480 
397 
481 
390 
391 
390 
480 
493 
493 
520 
519 
508 Newington Oil 1.09 74.39 156,149 ~10,793 11.343 $126.23 
508 Newington 

~ 
10.81 10.81 10,793 10.81 $116.67 

390 
391 
493 
493 
481 
480 
494 
494 
556 Schiller Oil 1.09 74.39 156,149 11.703 10,887 11.343 $127.42 
557 Schiller 5 NWP Wood 0 31 4,274 4.078 13,078 3.627 $0.00 
482 

NOX Fuel Fuel Fuel Ash/Slag Main! So2 Oper. 
Adder/MBtu Add'tve Unload Handle Dispose Costs Adder Adj . 

Newington 0 Oil 0.1968 0 0.0757 0.31 0.054 1.6724 
Schiller 0 Oil 0.14 0.05 0.05 0.35 0.1 1.6724 
Merrimack 0 Coal 0 0 1.0088 1.3546 0.9673 7.895 
Merrimack 0 Coal 0.3924 0 1.0306 2.5038 0.9882 6.944 
Schiller 4 0 Coal 0.359 1.87 1.87 5.5 1.0847 3.712 
Schiller 5 0 Coal 0 1.87 1.87 6.2835 1.0847 3.712 
Schiller 6 0 Coal 0.359 1.87 1.87 5.5 1.0847 3.712 
Schiller 5 Wood 1.355 1.25 1.25 
Newington 0 Gas Included in $/MWh is an inefficiency rate of 3. 7% 

$289.00 per ton S02 - Allowance Price 
$435.00 per ton S02- Allowance Market Price (Newington) 

$0.00 per ton NOX - Allowance Market Price (Newigton) 
$0.00 per ton NOX- Emission Rate 

NX-4 
Adders 

2.3089 
2.3624 

11 .2256 
11 .859 

14.3957 
14.8202 
14.3957 

3.855 

Docket No. DE 11-250 
Record Request DEPOSITION 

Dated 09/16/2013 
DEPOSITION-004, Page 4 of 5 

Per A. Dall 09/21//2004 
effective 09/22//2004 
Date 
Changed 

27-Sep-05 
28-Jan-93 
28-Aug-07 
28-Aug-{)7 
24-Jul-{)6 
24-Jul-{)6 
24-Jul-{)6 

17-May-{)6 

The NWPP dispatch price is inclusive of a production tax credit of $1 0/MWh and realized (and forecast) REC revenue of approximately $50/MWh. 
(The dispatch price without REC and PTC ~ $53.33/MWh. ) 



NEW HAMPSHIRE UNITS ONLY 
INCLUDES S02 ADDER 
15-Apr-08 Reported Nepool 

Price 

Note: Dollars per Barrel, Dollars per Ton. Dollars per MBtu 
calculate the Replacement $1M Btu . w/o ADDER Replace. HeatRate. w/o adders Nom. 

Sulfur Delivd Btu $/MBtu Btu/kWh $/MBtu $/MWh 

498 
557 Schiller 5 Coat 0.66 70.Q7 13,163 3.229 11,172 2.662 $36.07 
558 Schiller 6 Coal 0.66 70.07 13,163 3.212 10,998 2.662 $35.33 
556 Schiller 4 Coat 0.66 70.07 13,163 3.212 11,041 2.662 $35.47 
490 Merrimack 2 Coal 1.2 88.16 13,064 3.827 9,682 3.374 $37.06 
489 Merrimack 1 Coal 1.28 82.5 13,509 3.452 9,721 3.054 $33.56 
481 
508 Newington blend oil/gas 100%oii&O 12.46 12.772 10,793 12.464 $137.85 
480 
397 
481 
390 
391 
390 
480 
493 
493 
520 
519 
508 Newington 

~ 
1.09 81.74 156,149 12.766 10,793 12.464 $137.78 

508 Newington s C) 11.25 10,793 11.25 $121.42 
390 

--~3_gJ __ 
493 
493 
481 
480 
494 
494 
556 Schiller Oil 1.09 81.74 156,149 12.774 10,887 12.464 $139.07 
557 Schiller 5 NWP Wood 0 31 4,274 4.078 13,078 3.627 $0.00 

482 

NOX Fuel Fuel Fuel Ash/Slag Maint So2 Oper. 
Adder/ MBtu Add'tve Unload Handle Dispose Costs Adder Adj. 

Newington 0 Oil 0.1968 0 0.0757 0.31 0.054 1.3444 
Schiller 0 Oil 0.14 0.05 0.05 0.35 0.1 1.3444 
Merrimack o Coal 0 0 1.0088 1.3546 0.9673 7.43 
Merrimack 0 Coal 0.3924 0 1.0306 2.5038 0.9882 6.924 
Schiller4 0 Coat 0.359 1.87 1.87 5.5 1.0847 3.817 
Schiller 5 0 Coal 0 1.87 1.87 6.2835 1.0847 3.817 
Schiller 6 0 Coat 0.359 1.87 1.87 5.5 1.0847 3.817 
Schiller 5 Wood 1.355 1.25 1.25 
Newington o Gas Included in $/MWh is an inefficiency rate of 3. 7% 

$289.00 per ton S02 - Allowance Price 
$350.00 per ton S02- Allowance Market Price ("'ewington) 

$0.00 per ton NOX- Allowance Market Price (Newigton) 
$0.00 per ton NOX - Emission Rate 

NX-4 
Adders 

1.9809 
2.0344 

10.7606 
11 .839 

14.5007 
14.9252 
14.5007 

3.855 

Docket No. DE 11-250 
Record Request DEPOSITION 

Dated 09/16/2013 
DEPOSITION-004, Page 5 of 5 

Per A. Dall 09/211/2004 at 9:00A.M. 
effective 09/22/12004 NOX Adde NOX Adders 
Date 
Changed 0 

Em . Rate 
27-Sep-05 0.21 
28-Jan-93 0.3 
28-Aug-07 0.15 
28-Aug-07 0.15 
24-Jul-06 0 
24-Jul-06 0 
24-Jul-06 0 

17-May-06 
0.15 

The NWPP dispatch price is inclusive of a production tax credit of $10/MWh and realized (and forecast) REC revenue of approximately $50/MWh. 
(The dispatch price without REC and PTC = $53.33/MWh. ) ' 



Transmission and Distribution 
Margins Vary Inversely With Volumes 

Figure 79. Average natural gas transmission and 
distribution margins, 1990-2030 (2006 dollars 
per thousand cubic feet) 
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The transmission arid distribution margin for natural 
gas delivered to end users is the difference between 
the average delivered price and the average source 
price, which is the quantity-weighted average of the 
lower 48 wellhead price and the average import price. 
It reflects both the capital and operating costs for 
pipelines and the volume of natural gas transported. 
Although operating costs vary with the level of pipe­
line utilization, capital costs are fixed for the most 
part. Variations in pipeline throughput result in 
higher or lower transmission and distribution costs 
per thousand cubic feet of natural gas transported. 
Thus, because the high and low price case projections 
show the greatest variation in total natural gas con­
sumption, the greatest variation in transmission and 
distribution margins is also seen in those cases. 

In the high price case, total natural gas consumption 
in 2030 is projected to be only 21.9 trillion cubic feet. 
As a result, the average transmission and distribution 
margin for delivered natural gas is projected to 
increase from $2.98 per thousand cubic feet in 2006 to 
$3.12 per thousand cubic feet in 2030 (2006 dollars). 
In the low price case, total natural gas consumption in 
2030 grows to 24.8 trillion cubic feet, and the average 
transmission and distribution margin in 2030 drops 
to $2.74 per thousand cubic feet as the existing 
pipeline system is used at a higher capacity factor. 
In the reference case, with projected natural gas 
consumption of 22.7 trillion cubic feet in 2030, 
the projected average transmission and distdbution 
margin in 2030 is $2.93 per thousand cubic feet -
(Figure 79). 

ATTACHMENT 22 

Natural Gas Supply 

Unconventional Production Is a 
Growing Source of U.S. Gas Supply 

Figure 80. Natural gas production by source, 
1990-2030 (trillion cubic feet) 
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Total U.S. natural gas production grows modestly 
in the reference case, from 18.5 trillion cubic feet in 
2006 to 19.4 trillion cubic feet in 2030, as depletion of 
the onshore lower 48 conventional resource base is 
offset by increased production from unconventional 
sources and from Alaska. Offshore production 
increases. from 3.0 trillion cubic feet in 2006 to 
4.5 trillion cubic feet in 2017, then declines to 3.5 
trillion cubic feet in 2030. Production in shallow 
waters declines slowly through 2030. Production in 
deeper waters rises to 3.0 trillion cubic feet in 2019 
and then declines through 2030. 

A large proportion of the onshore lower 48 conven- . 
tional natural gas 1;esow·ce base has been discove1'ed. 
Discoveries of new conventional natural gas reser­
voirs are expected to be smaller and deeper, and thus 
more expensive and riskier to develop and produce, 
Accordingly, total lower 48 onshore conventional 
natural gas production declines jn the AE02008 ref­
erence case from 6.6 trillion cubic feet in 2006 to 4.4 
trillion cubic feet in 2030 (Figure 80). Incremental 
production of lower 48 onshore natural gas comes 
primarily from unconventional resources, including 
coalbed methane, tight sandstones, and gas shales. 
Lower 48 unconventional production increases in the· 
reference case from 8.5 trillion cubic feet in 2006 to 
9.5 trillion cubic feet in 2030. 

The Alaska natural gas pipeline is expected to begin 
transporting natural gas to the lower 48 States in 
2020. As a result, Alaska's natural gas production 
increases from 0.4 trillion cubic feet in 2006 to 2.0 
trillion cubic feet in 2030 in the reference case. 

I 
_ j 

i 
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DATE 

November 5, 2009 

DANIEL YERGIN, Chairman of 
IHS CERA, is author of The Prize, 
The Quest for Oil, Money, and 
Power, now in a new edition, and 
Commanding Heights: The Battle 
for the World Economy. 

ROBERT INESON is IHS CERA 
Senior Director, Global Gas. 

ATTACHMENT 23 

IHS CERA Alerf 
AMERICA'S NATURAL GAS REVOLUTION 

by Daniel Yergin and Robert Ineson 

The following is an Opinion column that appeared 
in The Wall Street Journal on November 3, 2009. 

A "shale gale" of unconventional and abundant US gas is transforming the 
energy market. 

The biggest energy innovation of the decade is natural gas-more specifically 
what is called "unconventional" natural gas. Some call it a revolution. 

Yet the natural gas revolution has unfolded with no great fanfare, no grand 
opening ceremony, no ribbon cutting. It just crept up. In 1990 unconventional 
gas-from shales, coalbed methane, and so-called tight formations-was about 
10 percent of total US production. Today it is around 40 percent and growing 
fast, with shale gas by far the biggest part. 

The potential of this "shale gale" only really became clear around 2007. In 
Washington, DC, the discovery has come later-only in the past few months . Yet 
it is already changing the national energy dialogue and overall energy outlook 
in the United States-and could change the global natural gas balance. 

From the time of the California energy crisis at the beginning of this decade, 
it appeared that the United States was headed for an extended period of tight 
supplies, even shortages, of natural gas. 

While gas has many favorable attributes-as a clean, relatively low-carbon 
fuel-abundance did not appear to be one of them. Prices had gone up, but 
increased drilling failed to bring forth additional supplies. The United States, 
it seemed, was destined to become much more integrated into the global gas 
market, with increasing imports of liquefied natural gas (LNG). 

But a few companies were trying to solve a perennial problem: how to liberate 
shale gas-the plentiful natural gas supplies locked away in the impermeable 
shale. The experimental lab was a sprawling area called the Barnett Shale in 
the environs of Fort Worth, Texas. 

The companies were experimenting with two technologies . One was 
horizontal drilling. Instead of merely drilling straight down into the 

The IHS CERA Alert is part of IHS CERA's Retainer Advisory Service. For more lnfonnation, please call + 1 617 666 5000 (USA) or +33 (0)1 42 44 10 10 (France), or e-malllnfo@ihscera.com. In the 
USA: 55 Cambridge Parkway, Cambridge, MA02142, USA. in Europe: 21 boulevard de Ia Madeleine, 75036 Paris, Cedex 01, France. ©2009,AII rights reserved, Daniel Yergln and Robert lneson. CERA 
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resource, horizontal wells go sideways after a certain depth, opening up a much larger area of 
the resource-bearing formation. 

The other technology is known as hydraulic fracturing, or "fraccing." Here, the producer injects 
a mixture of water and sand at high pressure to create multiple fractures throughout the rock, 
liberating the trapped gas to flow into the well. 

The critical but little-recognized breakthrough was early in this decade-finding a way to meld 
together these two increasingly complex technologies to finally crack the shale rock and thus 
crack the code for a major new resource. It was not a single eureka moment, but rather the 
result of incremental experimentation and technical skill. The success freed the gas to flow in 
greater volumes and at a much lower unit cost than previously thought possible. 

In the past few years the revolution has spread into other shale plays, from Louisiana and 
Arkansas to Pennsylvania and New York State, and British Columbia as well. 

The supply impact has been dramatic. In the US Lower 48, states thought to be in decline as 
a natural gas source, production surged an astonishing 15 percent from the beginning of 2007 
to mid-2008. This increase is more than most other countries produce in total. 

Equally dramatic is the effect on US reserves. Proved reserves have risen to 245 trillion cubic 
feet (Tcf) in 2008 from 177 Tcf in 2000, despite having produced nearly 165 Tcf during 
those years. The recent increase in estimated US gas reserves by the Potential Gas Committee, 
representing both academic and industry experts, is in itself equivalent to more than half of 
the total proved reserves of Qatar, the new LNG powerhouse. With more drilling experience, 
US estimates are likely to rise dramatically in the next few years. At current levels of demand, 
the United States has about 90 years of proved and potential supply-a number that is bound 
to go up as more and more shale gas is found. 

To have the resource base suddenly expand by this much is a game changer. But what is getting 
changed? 

It transforms the debate over generating electricity. The US electric power industry faces very 
big questions about fuel choice and what kind of new generating capacity to build. In the face 
of new climate regulations, the increased availability of gas will likely lead to more natural 
gas consumption in electric power because of gas's relatively lower carbon dioxide emissions. 
Natural gas-fired power plants can also be built more quickly than coal-fired plants. 

Some areas such as Pennsylvania and New York, traditionally importers of the bulk of their 
energy from elsewhere, will instead become energy producers. It could also mean that more buses 
and truck fleets will be converted to natural gas. Energy-intensive manufacturing companies, 
which have been moving overseas in search of cheaper energy in order to remain globally 
competitive, may now stay home. 

But these industrial users and the utilities with their long investment horizons-both of which 
have been whipsawed by recurrent cycles of shortage and surplus in natural gas over several 
decades-are inherently skeptical and will require further confirmation of a sustained shale 
gale before committing. 

More abundant gas will have another, not so well recognized effect: facilitating renewable 
development. Sources like wind and solar are "intermittent." When the wind doesn't blow and 
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the sun doesn't shine, something has to pick up the slack, and that something is likely to be 
natural gas-fired electric generation. This need will become more acute as the mandates for 
renewable electric power grow. 

So far only one serious obstacle to development of shale resources across the United States 
has appeared: water. The most visible concern is the fear in some quarters that hydrocarbons 
or chemicals used in fraccing might flow into aquifers that supply drinking water. However, in 
most instances, the gas-bearing and water-bearing layers are widely separated by thousands of 
vertical feet, as well as by rock, with the gas being much deeper. 

Therefore, the hydraulic fracturing of gas shales is unlikely to contaminate drinking water. The 
risks of contamination from surface handling of wastes, common to all industrial processes, 
requires continued care. Though fraccing uses a good deal of water, it is actually less water­
intensive than many other types of energy production. 

Unconventional natural gas_has already had a global impact. With the US market now oversupplied, 
and storage filled to the brim, there 's been much less room for LNG. As a result more LNG is 
going into Europe, leading to lower spot prices and talk of modifying long-term contracts. 

But is unconventional natural gas going to go global? Preliminary estimates suggest that shale 
gas resources around the world could be equivalent to or even greater than current proved 
natural gas reserves. Perhaps much greater. But here in the United States our independent oil 
and gas sector, open markets, and private ownership of mineral rights facilitated development. 
Elsewhere development will require negotiations with governments and potentially complex 
regulatory processes. Existing long-term contracts, common in much of the natural gas industry 
outside the United States, could be another obstacle. Extensive new networks of pipelines and 
infrastructure will have to be built. And many parts of the world still have ample conventional 
gas to develop first. 

Yet interest and activity are picking up smartly outside North America. A shale gas revolution in 
Europe and Asia would change the competitive dynamics of the globalized gas market, altering 
economic calculations and international politics. 

This new innovation will take time to establish its global credentials. The United States is really 
only beginning to grapple with the significance. It may be half a decade before the strength of 
the unconventional gas revolution outside North America can be properly assessed. But what 
has begun as the shale gale in the United States could end up being an increasingly powerful 
wind that blows through the world economy. • 
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ATTACHMENT 24 

Reference the attached 31 page power point from the legislative history of SB 152 from the 2009 session 
of the NH Legislature, who produced this document? By whom was this person or persons employed? 
Who testified before the Legislature on this power point ? 

Response: 
The document was produced through a collaborative effort of several people at PSNH . Gary A. Long 
testified before the legislature on this topic , although his testimony did not present this document in 
significant detail ; rather, the document was provided to legislators and referred to during Mr. Long's 
testimony. 
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e New Hampshire's workhorse 

Base load power plant that operates 24/7 

- Coal-fired 

- 433 MW net output 

- Enough energy for 19'0,000 NH households 

» ~So/a of PSNH's generation mix 

- Meets or exceeds all environmental regulations 

» 20 years of progress guided by state and federal clean 
power' laws (NH Clean Power Act, RGGI, Mercury Law) . 
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PSNH customers have invested millions over the years to upgrade 
equipment and maintain Merrimack Station in top operating condition . 
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Achieved through if)StaJ1ation of gmundb,reaking 
Selective Catalytic Reduction system 
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. 80o/n Reduction or B··etter- 2013 or s.ooaer 
Rsquired under the rtJiercury ~aw that was passed in 2006 

..... ~ . ... ...... .... . "· -·-

f. 
< 

~ 90o/o Raduction·or 88tter- 2013 ar soanu:u: 
A benefit of tile Mercury law that was passed in 2006 
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~ 

..... -

~<f.J· ~;~;ZA,.~ .;;::;.~..,_,;,...."';";."'li<.::: "~h·,.~s~·"'~ .-l't;fi ·l f. • 
'Yii!\-~~~llf•- '!J~ .... ~~ll~i:ll~U.t'~~ ..... ilu~ lh.~J~h .t..~ ~ "'\?. 

"' '""'"" 1 • # "}(1-1""' ·1!-~<'i 1 U1o re.ouction no~n "'lS 1 ~ ~ cU1 d 
RGGi. legislation passoo in 20():8 
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Ground-breaking emissions reductions achieved through fotward-/ooking 
legislation, careful implementationT and staying the course. 



Electrostatic Precipitators 
' 1nstalled ln 1960 & t 9:68 
"lnsta!Jed supplemental Equipmani in 1 ~9 & 1999-

. ..d~. 
100% 

SO% 

0% 

:· ; 
' I . i 

; 

'· 

Sehtctiv.e Catalytic Reduction System 
• lnsta~ed in 1995 & Hl'99 
• Augme.<"!ied lnl993r2000 &2001 

1960 2002 l 1995 2001 
~~":....1..-,____;,. _ ___ ~ __ .._ _______________ ~-- ---- ·-···------------~------------···-·---------").:l \ :.""---.. ~ --- ______ .... ____ -------- --- ---- - --- ----·-----~- --- _ _... / 

Clean Air 'Project Wet 'Scruhh.er 

2006 2013 
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@ In a 2006 law, the NH Legislature mandated that a scrubber be 
installed as· soon as possible, but no later than July 2013 

- . 

$ Even without the state Jaw; the scrubber will be needed to meet 
impending federal emissions reqJJirements 

s PSNH· is currenUy halfway through the six-year project 

$ $230 million (over hal·f of the cost to engineer and build the scrubber} 
has been spent or contractually committed 

- This cost will have to be recovered from P~NH: cu-stomers 
whether· or not the scrubber instal.lation is completed 

. · -'--. .. -·--- - ·------'--"···-- · ·---- ----- -- --- - •!· ···-· ----- ---- · ·----- -- .. ..; .• ------'- - --·-· -- - - - -· - - - - - . - ---- - - - ··· ···· - ---- - -- - . - - - -- ---- • - -· --- -- ---- - - • • - " - • 
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. Project 2006. 2007 2008 2009 2010 2011 2012 

NH Mercury Reduction Act A 
Preliminary Engineering D lill .i!t lil ~ t:!EIII'Jllil 

Program Manager Hired A 
Detailed Engineering 

£!· Ji:l Ill Iii IIi' !Ill Ill 1111 lii&oliilUE! 

Major Contracts Awarded El l!l IIi! 

Major PermiTting li:ll:lllilllill ~liiillliil!lllll!l ... Ill!• I ., 

l!lliilll ill I 
Preliminary Site Prep. 

Major Construction {underway) ll:iii!!Giill!l lliliiliBI!II.I:£ l;:iiiillill\l.Jll.lli ~ 

II II!! 1111111111. 
Testing & Commissioning 

In Service I A 
g_ 

' ··-·---· - --- --·-- - ·-·-



COST 
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Project Components 2008 (firm 2005 (initial 
price contracts) estimates) 

5 Major Contracts $213M $149M 

Q Scrubber system, chimney, material handling, system, wastewater 
treatment facility, program manager 

Balance of Contracts and M·aterials $135M $48M 

• Ductwork, foundations, booster fans and motors, electrical, site 
work, etc. 

Owners Costs $80M $35M 

<~> Project financing, insurance, NU labor, and overhead costs 

Escalation and Contingency $29M $18M 

TOTAL $457M $250M 

I 

13. 
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1\l Economic and Commodity Volatility 

Significant cost increases reflective of national and world 
.economy 

Increased financing costs · 

6) Site Specific Factors 

Scrubber must guarantee 85o/o mercury reduction 

Two power generation units of differin·g size must connect into 
one scrubber system 

e Progression from ln,itial Estimate Phase to Des:ign Phase 

Firm price performance-based contracts with vendor guarantees 
have replaced initial estimated pricing 

Majority of project design complete.d, replacing preliminary 
engineering used to determine initial estimates 

--
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. · ..•. , 

e Cost risks for major components put on vendors, not customers 

- Obtained firm price contracts for "critical path'' components with 
long lead times 

- Developed strict performance criteria, and required perform·ance 
guarantees from vendors 

$ At every step of the way, we have affirmed pricihg to ensure it is in 
line with marketplace 

- Independent firms retained to provide market analysis and price 
benchmarking in 2005, 2006, 2007, 2008, and 2009 

Confirmed project costs are consistent with market prices for 
projects of similar scope and size 

e Delayed subcontracts when possible to take adyantage of 
opportunities for better price negotiations 

·------ _________ __________ .,::. ___ . ----- ~--- --. ··- · · ·····-··· ·-
--- . -----------=----------- · --- _, __ 

------------ .. - -· -- · -----~---- -· - ---- ... - - .... --· .._,____ 



$ PSNH has legally binding, firm price contracts in place for major 
·components of project 

(9 When the project is complete, the NH Public Utilities Commission 
will scrutinize every dollar spent on the project before any money 
can be recovered from customers through PS'NH's rates 

~ PSNH customers {esp. com.mercial customers) ~:can -switch to a 
different e·nergy supplier at any time to avoid paying costs 
associated with the scrubber 

o The bottom Hne: 

I nstaHation of the scrubber at $457M continues to be a better 

. . - - ----- : I 

option for PSNH customers than purchasing replacement energy ___ ___ __ _ 
in the open market 
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PROJECT BEN:EFI:TS 
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~ No bill is necessary to understand the cost change outlined in 
earlier slides 

. ·.~ The on:ly alternative to installing the scrubber is to NOT install the 
scrubber 

- $457M for scrubber is not transferrable to other clean energy 
projects 

* Without the scrubber, Merrimack Station wfU be out of compliance 
with state and federal laws, which ·would lead to a shutdown of 
the plant . 

@I PSNH customers could be on the hook for $300 million in 
stranded costs, with nothing to show for it 

$230M for scr_ubber costs already committed 

$63M for undepreciated cost of Merrimack Station in 2013 

---------------



~ What a study will NOT do: 

Change the cost of the scrubber 

Change Merrimack Station's fuel source 

Provide accurate forecasts for the price of oil, gas, coal, or 
financing rates · 

- Tell you what federal regulations will be passed and when 

Tell you how much renewable energy NH will build, where it will 
be located, and when it will be in service 

- Accurately predict the future 

@; What a study will do: 

Invite lengthy speculation and create momentum to not install 
the scrubber 

Set Merrimack Station on the path to a shutdown 



0 The study cannot change the price of the scrubber 

a It cannot transfer the $457M scrubber cost to other energy projects 

·~ If the study supports the scrubber installation, it is redundant and not 
needed · 

e The only logical purpose for performing a study is to create 
momentum to derail the scrubber instaiJation 

VoUng in favor of SB 1.52 is voting lo shut down Merrimack Station. 

' .--A .. l~; 
--~ 
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The Bridge to 
NH's Clean En~rgy Fu·.tu:re · 
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.Enhance and Expand 
Energy-Efficiency Programs 

... .e._ Revise programs to 
meet modern needs 

'~ Double investment in 
efficiency programs 

"'0§:, Goal of quadrupling .energy 
savings for PSNH customers 
by 2025 

Significantly Cut .Emissions 
at Existing Power Plants 

~ Install scrubber at 
Merrimack Station 

~ Pilot alternative energy 
sources at PSNH facilities 

"""" Increase efficiency at 
existing hydro plants 

Invest in Renewable 
'Energy Projects 

~ 'Small-scale projects 
(e.g. solar panels) 

-. Commercial-scale 
renewable power plants 

'<iS. Import hydro power 
from Canada 

~ Provide transmission to 
connect customers with 
renewable energy sources 

28. 
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------;----·-------

@ The Scrubber Project is N·H's Bridge to a Renewable Energy 
Future 

§ In the short-term, it is unrealistic to think that we can depend on new 
renewable energy sources in NH to replace the power produced by 
existing fossil fuel plants -

e It is important to make our existing power pl.ants cleaner and more 
efficient because they stili provide most of our energy at the lowest 
cost 

e1· Shutting down Merrimack Station would create needless economic 
harm to our state at a time when NH citizens are fighting every day 
to keep their jobs 

$ We implore you to vote NO to Senate Bill 152 -- Voting in favor of 
SB 152 is voting to shut down Merrimack Station. 

-- ,--~~--'---=-"-~...£...--- - ' '-'-· .._, .. ,. · ··'""=~ ·,. :.. . .... , _ __,____ _ --- ____ _ _ _,__ .. _ •• ..; - --· - . .,_ _ _ .... .......__.;- ---"'"'- - · - ·" . ----· - · -· "'"- •• -=-- ·- -- ···-- ··- - -···· 
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Premier provider of supply-chain and sourcing solutions to energy companies 

Direct experience on over 20 different FGD projects with 9 different companies in the 
past 5 years 

o Merrimack Station Cost Estimate 

19 benchmark wet FGD projects were compared to Merrimack Station 

Owner's costs and site specific factors were analyzed to make it "apples to apples~' 

Benchmark projects were escalated to 2012 dollars (Merrimack Station's projected 
in-seNice date) 

Merrimack per kW cost of $580 is within both the benchmark range ($272-$704/kW) 
and median cost ($517/kW) of the other wet FGD projects 

o Project Sourcing Process and Contracting Terms 

0 

A procurement strategy and competitive bid process were used to ensure cost controls 
for customers 

Performance guarantees and cost risks were transferred to the key suppliers to provide 
customer cost protection 

Cost Savings Opportunities Exist 

Market volatility and dropping commodity prices provide near term savings 
opportunities · 

Other savings opportunities exist &§l) Power..-A.dvocate 
• $6M (35%) foundation contract savings 

. ·- -·----- -· --

---------·-·--------·-··~ ~--- · -
--~ ------ -­·-· --- ··-----------
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A rTACHMENT 26 

Merrimack Scrubber Costs M OOE/EIA Annual Energy Outlook 2008 Gas Forecas~ 

Name Plate Capacity {MW) 
Oper;~tlngCapaclty{MW) 

Capacity Factor{%) 
Output @ 86% CF (MW) 
Heat Rata (BTU/kWh) 
Esacaltlon 
lmplredMarketHeatRate 
ReturnonEqu{ty 

NetGeneratron(MWh) 

Electric Market Price Development 

Gas Pr!ce Used in PSN H Analysis 
NEPOOL Market Price Forecast (All hours) 
Energy Market Revenues 
Capacity P.rfce ($/MWMmo) 
Capacity Market Revenues 

Total Energy Revenues 

Merrimack Ga.. Forward Cost Development . 

Scrubber Annual Carrying Charges 

Pre-tax Capital Return 

Depredation 

O&M 

Property Tax 

Fuel 
Coal Consumption (BTU) 

Coal, With Scrubber ($/MMBtu) 
Total Fuel Cost 

Scrubber Only Revenue Requirement 

Pre-tax Capital Return 
Depreciation 
O&M 

Property TaX 
Emissions Costs 

Incremental Revenue Requirement 

Energy Revenues less Rev. Req't 
/MWh 

NPV (line 53 to year 2027) 

459.2 

432.5 

86% 
372.0 

10,126 

2.5% 
7.62 

9.81% 
BLUE FONT= INPUT 

3,258,282 

8.63 

65,74 

214,202,845 

3,640 
18,891,600 

23,952,745 

15,240,702 

2,976,112 

3,258,282 

8.56 

65.24 

212,572,602 

3,690 

19,151,100 

231,723,702 

43,358,612 

30,481,405 

5,936,638 

3,258,282 

8.50 

64,74 

210,942,360 

s,no 
19,566,300 

230,508,660 

37,831,702 

30,481,405 

6,085,884 

3,258,282 

8.43 

64.24 
209,312,117 

3,870 

20,085,300 

229,397,417 

32,318,340 $ 
30,481,405 $ 

6,238,886 $. 

$ 

3,258,282 

8.68 
66.13 

215,458,682 

3,980 

20,656,200 

236,114,882 

26,824,168 

30,481,405 

6,395,739 

3,258,282 

8.93 

68.01 

221,605,248 

4,080 

21,175,200 

242,780,448 

22,937,743 

30,481,405 

6,556,539 

3,258,282 

9.17 
69,90 

227,751,813 

4,180 

21,694,200 

249,446,013 

20,681,405 
30,481,405 

6,721,387 

3,258,282 

9.42 

71.79 

233,898,378 

4,410 

22,887,900 

256,786,278 

18,470,475 $ 
30,481,405 $ 

6,890,384 -$ 
$ 

3,258,282 

9.67 

73.67 

240,044,944 

4,740 
24,600,600 

16,290,203 

30,481,405 

7,06:1,635 

3,258,282 3,258,282 

10,08 $ 10.50 

76.84 $ 80.01 

250,370,495 $ 260,696,046 

5070 $ 5,390 

26,313,300 $ 27,974,100 

276,683,795 $ 288,670,146 

14,126,789 

30,481,405 

7,241,246 

11,963,412 

30,481,405 

7,423,329 

3,258,282 

10.92 

83.18 

271,021,597 

5,720 

29,686,800 

300,708,397 

9,800,071 

30,481,405 

7,609,995 

3,258,282 

11.33 

86.35 

281,347,148 

6,050 

31,399,500 

312,746,648 

7,636,767 

30,481,405 
7,801,360 

3,258,282 

11.75 

89.52 

291,672,700 

6,370 

33,060,300 

324,733,000 

5,473,503 

30,481,405 

7,997,543 

3,258,282 

12.40 

94.50 

307,911,130 

6,700 

34,773,000 

342,684,130 

3,310,277 

30,481,405 

8,198,665 

3,258,282 

13.06 

99.48 

324,149,561 

7,030 
36,485,700 

360,635,261 

821,982 

15,240,702 

8,404,851 

3,258,282 

13.71 

104.47 
340,387,992 

7,350 
38,146,500 

378,534,492 

32,993,363,532,000 32,993,363,532,000 32,993,363,532,000 32,993,363,532,000 32,993,363,532,000 32,993,363,532,000 32,993,363,532,000 32,993,363,532,000 32,993,363,532,000 32,993,363,532,000 32,993,363,532,000 32,993,363,532,000 32,993,363,532,000 32,993,363,532,000 32,993,363,532,000 32,993,363,532,000 32,993,363,532,000 

~$ ~$ ~$ ~$ =$ ~$ ~$ ~$ ~$ ~$ =$ -$ ~$ ~$ ~$ -$ ~ 
78,718,866 $ 161,373,675 $ 165,408,017 $ 169,543,218 $ 173,781,798 $ 178,126,343 $ 182,579,502 $ 187,143,989 $ 191,822,589 $ 196,618,154 $ 201,533,608 $ 206,571,948 $ 211,736,246 $ 217,029,653 $ 222,455,394 $ 228,016,779 $ 233,717,198 

120,888,425 

3.288,698 

5,333,333 

411,844 

1,865,412 

22,756,975 

33,656,262.0 

(37,997,465) 

(11.66) 

($270,442,424) 

241,150,330 

6,752,821 

5,933,333 

925,640 

2,105,986 

2,639,868 

18,357,648.0 

(27,784,276) 

(8.53) 

239,807,008 

7,053,710 

6,533,333 

1,135,602 

2,394,498 

2,705,865 

(29,121,357) 

(8.94) 

7,282,378 

7,133,333 

1,406,899 

2,720,005 

16,715,659 

35,258,274.0 

(44,442,705) 

(13.64) 

237,483,110 

7,442,305 

7,733,333 

1,773,281 

3,259,004 

23,658,860 

43,866,783,0 

(45,235,011) 

(13.88) 

238,102,030 

7,533,490 $' 
8,333,333 $ 
2,155,396 $ 
3,728,627 $ 

27,594,552 $ 

49,345,398.0 

(44,666,980) $ 
(13.71) $ 

240,463,699 

7,562,487 

8,933,333 

2,455,895 

3,965,610 

28,284,416 

51,201,741.0 

(42,219,427) 

(12.96) 

242,986,253 

7,533,287 

9,533,333 

2,806,790 

4,102,765 

28,991,526 

52,967,701.0 

(39,167,676) $ 
(12.02) $ 

245,657,832 

7,444,136 

10,133,333 

3,225,824 

3,986,050 

29,716,314 

54,506,257,0 

(35,518,545) $ 
(10.90). $ 

248,467,594 

7,295,482 

10,733,333 

3,738,347 

3,839,021 

30,459,222 

56,065,405.0 

(27,849,204) 

(8,55) 

251,401,754 

7,081,057 

11,333,333 

4,390,646 

3,667,557 

31,220,703 

57,693,296.0 

(20,424,904) 

(6.27) 

254,463,419 

9,352,385 

11,933,333 

7,261,649 

4,757,929 

32,001,220 

65,306,516.0 

{19,061,537) 

(5.85) 

257,655,778 

12,239,729 

12,533,333 

12,498,711 

6,125,494 

32,801,251 

76,198,518.0 

(21,107,648} $ 
(6.48) $ 

260,982,104 

13,224,969 

13,133,333 

19,320,378 

6,509,069 

33,621,282 

85,809,031,0 

{22,058,135) 

(6.77) 

264,445,741 

14,210,259 

13,733,333 

35,192,287 

6,876,353 

34,461,814 

104,474,046.0 

{26,235,656) 

(8.05) 

252,484,314 

7,590,858 

14,333,333 

77,669,991 

7,227,391 

35,323,359 

142,144,932.0 

(33,993,985) 

(10.43} 

233,717,198 

14,933,333 

7,304,608 

36,206,443 

58,444,384,0 

86,372,910 

26.51 



Merrimack Scrubber Costs· Synapse Energy Economics 2007 Final Report Gas Forecast 

Name Plate Capacity (MW) 
OperatlngCapaclty(MW) 
Capacity Factor(%) 
Output @ 86~ CF (MW) 
Heat Rate (BTU/kWh) 
Esacaltron 
lmplledMarketHeatRate 
Return on Equity 

NetGeneration(MWh) 

Electric Market Price Development 
Gas Price Used in PSNH AnalYsis 
NEPOOL Market Price Forecast (All hours) 
Energy Market Revenues 
Capacity Price ($/MW-mo) 
Capacity Market Revenues 

Total Energy Revenues 

Scrubber Annual Carrying Charges 
Pre-taxCaplta)Return 
Depreciation 
O&M 

Property Tax 

Fuel 
Coa!ConsUmptlon(BTU) 
Coal, With Scrubber($/MMBtu) 
Total Fuel Cost 

Scrubber Only Revenue Requirement 

Pre-tax capital Return 
Depredation 
O&M 
Property Tax 
!:missions Costs 

Incremental Revenue Requirement 

Energy Revenues less Rev. Req't 
/MWh 

NPV (ltne 53 to year 2027) 

459.2 
432.5 

86% 
374.0 

10,126 
2.5% 
7.62 

9.81% 

BlUE FONT= INPUT 

3,258,282 

8.97 
68.35 

222,708,136 
3,640 

18,891,600 

120,799,868 

25,952,745 
15,240,702 
2,976,112. 

3,2.58,282 

8,36 

63.70 
207,562,99(1 

3,690 
19,151,100 

43,358,612 
30,481,405 

5,936,638 

3,258,282 

8,65 
65,91 

214,763,141 

3,770 
19,566,300 

234,329,441 

37,831,702 
30,481,405 
6,085,884 

3,258,282 

8.80 
67.06 

218,487,358 
3,870 

20,085,300 

32,318,340 
30,481,405 

6,238,886 

3,258,282 

9.22 
70.26 

228,915,164 
3,980 

20,656,200 

.26,824,168 
30,481,405 

6,395,739 

3,258,282 

9.81 
74.75 

243,563,748 
4,080 

21,175,200 

264,738,948 

22,937,743 
30,481,405 

6,556,539 

3,258,282 

9.94 
75.74 

246,791,402 
4,180 

21,694,200 

268,485,602 

20,681,405 
30,481,405 

6,721,387 

3,258,282 

10.12 

77.11 
251,260,461 

4,410 
22,887,900 

274,148,361 

18,470,475 
30,481,405 

6,890,384 

3,258,282 

10,56 

80.47 
262,184,829 

4,740 
24,600,600 

286,785,429 

16,290,203 
30,481,405 
7,063,635 

3,258,282 

10.99 $ 11.67 
83,74 $ 88,93 

272,860,916 $ 289,744,030 
5070 $ 5,390 

26,313,300 $ 27,974,100 

299,174,216 $ 317,718,130 

14,126,789 
30,481,405 
7,241,246 

11,963,412 
30,481,405 

7,423,329 

3,258,282 

12.12 
92.32 

300,795,504 
5,720 

29,686,800 

330,432,304 

9,800,071 
30,481,405 

7,609,995 

3,258,282 3,258,282 

12.58 $ 13.06 
95.84 $ 99.49 

312,268,505 $ 324,179,111 
6,050 $' 6,370 

31,399,500 $ 33,060,300 

343,668~005 

7,636,767 

30,481,405 
7,801,360 

357,239,411 

5,473,503 
30,481,405 

7,997,543 

3,258,282 

13.55 
103.29 

336,544,014 
6,700 

34,773,000 

371,317,014 

3,310,277 
30,481,405 

8,198,665 

3,258,282 

14.07 

107.23 
349,380,542 

7,030 

36,485,700 

385,866,242 

821,982 
15,240,702 

8,404,851 

3,258,282 

14.61 
111.32 

362,706,683 
7,350 

38,146,500 

400,853,183 
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3,288,698 
5,333,333 

411,844 
1,865,412 

22,756,975 

33,656,262.0 

{33,744,819) 
{10,36) 

($153,443,683) 

241,150,330 

6,752,821 
5,933,333 

925,640 
2,105,986 
2,639,868 

18,357,648.0 

(32,793,889) 
{10.06) 

239,807,008 

7,053,710 
6,533,333 
1,135,602 
2,394,498 
2,705,865 

19,823,008,0 

(25,300,575) 

(7.77) 

238,581,849 

7,282,378 
7,133,333 
1A06,899 
2,720,005 

16,715,659 

35,258,274.0 

{35,267,465) 
(10,82) 

237,483,110 238,102,030 

7,442,305 $ 7,533,490 
7,733,333 $ 8,333,333 
1,773,281 $ 2,155,396 
3,259,004 $ . 3,728,627 

23,658,860 $ 27,594,552 

43,866,783,0 49,345,398.0 

(31,778,530) (22,708,480} 
{9.75) {6.97) 

240,463,699 

7,562,487 
8,933,333 
2,455,895 
3,965,610 

28,284,416 

51,201,741.0 

(23,179,838) 
(7.11) 

242,986,253 

7,533,287 
9,533,333 

2,806,790 
4,102,765 

28,991,526 

52,967,701.0 

(21,805,593) $ 
(6.69) $ 

245,657,832 

7,444,736 
10,133,333 

3,225,824 
3,986,050 

29,716,314 

54,506,257,0 

{13,378,600) 
(4.11) 

248,467,594 

7,295,482 
10,733,333 

3,738,347 
3,839,021 

30,459,222 

56,065,405,0 

(5,358,783) 
(1.64) 

251,401,754 

7,081,057 
11,333,333 
4,390,646 
3,667,557 

31,220,703 

57,693,296,0 

8,623,081 

2.65 

254,463,419 

9,352,385 
11,933,333 

7,261,649 
4,757,929 

32,001,220 

65,306,516.0 

10,712,369 
3.29 

257,655,778 

12,239,729 
12,533,333 

12,498,711 
6,125,494 

32,801,251 

76,198,518,0 

200,982,104 

13,224,969 

13,133,333 
19,320,378 

6,509,069 

33,621,282 

85,809,031.0 

10,448,277 
3.21 

264,445,741 

14,210,259 
13,733,333 

35,192,287 
6,876,353 

34,461,814 

104,474,046.0 

2,397,228 
0.74 

252,434,314 

7,590,858 
14,333,333 
77,669,991 
7,227,391 

35,323,359 

142,144,932.0 

(8,763,004) 
(2.69) 

233,717,198 

14,933,333 

7,304,608 
36,206,443 

58,444,384.0 

108,691,601 
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Merrimack Scrubber Costs· Brattle Group Gas Forecast 

N;~me Plate Capacity (MW) 
Operating Capacity (MW) 
Capacity Factor(%) 
Output@ 86% CF {MW) 
Heat Rate (BTU/kWh) 
Esacalt!on 
lmplled Market Heat Rate 
Return on Equity 

NetGeneratlon(MWh) 

Electric Market Price Development 
Gas Price Used In PSN.H Analysis 
NEPOOL Market Price Fore~ast (AU hours) 
Energy Market Revenues 
Capacity Price ($/MW-mo) 
Capacity Market Revenues 

Total Energy Revenues 

Merrimack Go-Forward Cost Development 

Scrubber Annual Carrying Charges 
Pre-ta:<C<~pitaiReturn 

Depreciation 
o&M 
PropertvTax 

Fuel 
Coal Consumption {BTU) 

Coal, With Scrubber ($/MMBtu) 
Total Fuel Cost 

Scrubber Only Revenue Requirement 

Pre-taxCapltalReturn 
Depreciation 
O&M 
Property Tax 
Emissions Costs 

Incremental Revenue Requirement 

459.2 
432.5 

86% 
372.0 

10,126 
2.5% 
7.62 

9.81% 

BLUE FONT= INPUT 

$. 
$ 
$ 
$ 

3,258,282 

8.62 
65.68 

21.3,991,399 
3,640 

1.8,891,600 

11&,441,500 

23,952,745 
15,240,702 
2,976,112 

3,258,282 

8.45 
64.42 

209,890,968 
3,690 

19,151,100 

43,358,612 
30,481,405 
5,936,638 

3,258,282 

8.71 
66.34 

216,140,291 
3,770 

19,566,300 

37,831,702 
SOA81,405 
6,085,884 

3,258,282 

8.83 
67.26 

219,147,231 
3,870 

20,085,300 

239,232,531 

32,318,340 

30,481,405 
6,238,886 

3,258,282 

9,13 

69,59 

226,731,467 
3,980 

20,656,200 

247,387,667 

26,824,168 
30,481,405 
6,395,739 

3,258,282 

9,69 

73.86 
240,672,831 

4,080 
21,175,200 

261,848,031 

22,937,743 
30,481,405 
6,556,5.:19 

3,258,282 

9.85 
75.03 

244,477,503 
4,180 

21,694,200 

266,171,703 

20,681,405 
30,481,405 
6,721,387 

3,258,282 

10,03 

76.44 
249,077,805 

4,410 
22,887,900 

271,965', 705 

18,470,475 
30,481,405 
6,890,384 

10.44 
79.54 

259,178,315 
4,740 

24,600,600 

283,778,915 

16,290,203 
30,481,405 
7,063,635 

3,258,282 3,258,282 

10,54 $ 11.03 
80.31 $ 84,07 

261,687)169 $ 273,927,083 
5070 $ 5,390 

26,313,300 $ 27,974,100 

·288,ooo,559 $ 301,901,183 

14,126,789 
30,481,405 
7,241,246 

11,963,412 

30,481,405 
7,423,329 

3,258,282 

11.53 
87.84 

286,198,087 
5,720 

29,686,800 

315,884,887 

9,800,071 
30,48.1,405 

7,609,995 

3,258,282 

11.90 
90,69 

295,490,884. 
6,050 

31,399,500 

326,890,384 

7,636,767 
30,481,405 
7,801,360 

3,258,282 

12.22 
93.09 

303,316,415 
6,370 

33,060,300 

336,376,71S 

5,473,503 
30,481,405 

7,997,543 

3,258,282 

12.58 
95.83 

312,246,970 
6,700 

34,773,000 

347,019,970 

3,310,277 
30,481,405 
8,198,665 

3,258,282 

13.06 
99,50 

324,197,150 
7,030 

36,485,700 

360,682,850 

821,982 
15,240,702 

8,404,851 

3,258,282 

13.63 
103.87 

338,437,510 
7,350 

38,146,500 

376,584,010 
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$ 4.77 $ 4,89 $ 5.01 $ 5,14 $ 5.27 $ 5.40 $ 5.53 $ 5.67 $ 5.81 $ 5.96 $ 6,11 $ 6,26 $ 6.42 $ 6,58 $ 6,74 $ 6,91 $ 7.08 
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3,288,698 
5,333,333 

411,844 
1,865,412 

22,756,975 

33,656,262.0 

241,150,330 

6,752,821 
5,933,333 

925,640 
2,105,986 
2,639,868 

18,357,648.0 

239,807,008 

7,053,710 
6,533,333 
1,135,602 
2,394,498 
2,705,865 

19,823,008.0 

238,581,849 

7,282,378 
7,133,333 
1,406,899 
2,720,005 

16,715,659 

237,483,110 

7,442,305 
7,733,333 
1,773,281 
3,259,004 

23,658,860 

43,866,783.0 

7,533,490 
8,333,333 
2,155,396 

3,728,627 
27,594,552 

49,345,398.0 

240,463,699 

7,562,487 
8,933,333 
2,455,895 
3,965,610 

28,284,416 

51,201,741.0 

242,986,253 

7,533,287 
9,533,333 
2,806,790 
4,102,765 

28,991,526 

52,967,701.0 

245,657,832 

7,444,736 
10,133,333 
3,225,824 
3,986,050 

29,716,314 

248,467,594 

7,295,482 
10,733,333 

3,738,347 
3,839,021 

30,459,222 

56,065,405,0 

251,401,754 

7,081,057 
11,333,333 
4,390,646 

3,667,557 
31,220,703 

57,693,296.0 

254,463,419 

9,352,385 
11,933,333 
7,261,649 
4,757,929 

32,001,220 

65,306,516,0 

257,655,778 

12,239,729 
12,533,333 
12,498,711 

6,125,494 
32,801,251 

76,198,518.0 

260,982,104 

13,224,969 
13,133,333 

19,320,378 
6,509,069 

33,621,282 

85,809,031,0 

264,445,741 

14,210,259 

13,733,333 
35,192,287 
6,876,353 

34,461,814 

104,474,046.0 

252,484,314 

7,590,858 
14,333,333 
77,669,991 
7,227,391 

35,323,359 

142,144,932.0 

233,717,198 

14,933,333 

7,304,608 
36,206;443 

58,444,384.0 
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Energy Revenues less Rev. Req't 
/MWh 

NPV {line 53 to year 2027} 

(38,103,187) 
(11.69) 

($197,518,305) 

(30,465,911) $ 
(9.35) $ 

{23,923,426) 
(7.34) 

(34,607,591) 
(10.62) 

{33,962,226) 
{10.42) 

(25,599,398) 
(7.86) 

(25,493,737) 
(7,82) 

(23,988,249} 
(7.36) 

(16,385,174) 
(5,03} 

(16,532,330) 
(5.07) 

(7,193,867) 
(2,21) 

(3,885,048) 
(1,19) 

{6,963,912) 
(2,14) 

(10,414,420) 
(3.20) 

{21,899,817) 
(6.72) 

(33,946,396} 
{10.42) 

84,422,428 
25.91 
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The Senate Committee on Energy, Environment and Economic Development 
held a hearing on the following: 

SB 152 relative to an investigation by the public utilities 
commission to determine whether the scrubber 
installation at the Merrimack Station is in the public 
interest of retail customers. 

JVIembers of Committee present: Senator Fuller Clark 
Senator Merrill 
Senator Lasky 
Senator Cilley 
Senator Odell 

The Chair, Senator Martha Fuller Clark, opened the hearing on SB 152 and 
invited the prime sponsor, Senator Janeway, to introduce the legislation. 

Senator Harold Janewav, D. 7: I won't begin in 1960, 49 years ago, when 
the first unit began operations. Rather I'll focus on the legislative history 
that is relevant to what we're talking about here today. 

It begins in 2002 with House Bill 284, which was known as the New 
Hampshire Clean Power Act. Gary Long was there for that, and has been in 
attendance at all subsequent issues related to this. 

Repres~ntative Jeb Bradley presented his bill to this same Committee, one 
member of which now sits with distinction on the Public Utilities 
Commission. In Bradley's testimony, he discussed trading pollution credits, 
energy efficiency initiatives and mercury. And here's what he said. 

He said: " ... and lastly you will hear discussion that we're not doing enough 
on mercury control." This was back in 2002. "Mercury is a serious 
pollutant, it is a potent neurotoxin, has significant adverse .health effects, 
particularly for women of childbearing age and for prospective babies." 
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Testimony in the House indicated that the likely emissions from these plants 
range from 30 lbs. of mercury emitted to as much as 330, and it was our DES 
that estimated the higher number. In an EPA website, the lower number. 
It is rational, therefore, to do what this bill proposes to do: test PS New 
Hampshire's facilities for the actual amount of mercury, wait for the EPA 
regulations on mercury, which are expected to occur in the next several years, 

·and then devise a strategy that would have to come back to this Legislature 
at some point in time for enactment in the future. 

"That," he said "is a rational response, especially in light of what you folks 
and those ofus in the House have done, which is fight for lower mercury 
levels from the waste to energy facilities." 

So, the issue did come back to the Legislature four years later, and it 
appeared in the form of House Bill 1673, which had subsumed a Senate bill, 
it was Senate Bill128, with a similar thrust. And that was the bill that gave 
Public Service of New Hampshire its marching orders in June 2006. 

I want to just quote from the summary of that particular meeting, when 
Senator Odell brought the bill to the floor on the Senate. He said: "This bill 
provides for an 80 percent reduction of mercury emissions from coal burning 
power plants by requiring the installation of scrubber .technology ho later 
than July 1, 2013, and provides economic incentives for earlier installation "" 
and greater reductions in emissions." Incidentally, Senate .Research has 

· compiled a full history of those two bills. It's a ·rather substantial packet, but 
certainly you'll want to have that available to you as a reference as you work 
your way along. 

Clearly, the most frequently asked question that I get, in various forms, is 
essentially "why stir the pot? The company is moving ahead as directed." 
"Get over it," some of them add. And so I want to try to respond to that 
question this morning. 

First of all, the projected cost has, as I think everyone knows, risen sharply, 
about 80 percent . I personally don't feel that that's the most important 
issue, and it's one that I suspect will be answered fairly fully today, but it 
was one that certainly got everyone's attention. An extra $200 million plus 
is a sizeable sum. But I think more important, at least to me, is the fact that 
there have been major changes in the fundamentals that do bear on this issue 
since that particular action was taken. And so I would ask, in response to 
the question of "why stir the pot," I would ask, would you invest today based 
on what you knew two and a half years ago or what you know now? And to 
me the answer is, I would want to take into consideration those things that 
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are known now before making my decision. So I'm essentially firmly in the 
camp of those who believe that we should be open to new information. 

So then the question is, what is new and what is relevant? My answer, I will 
try to keep it brief, but is fairly detailed. First of all, the industry is 
undergoing much change, and more in recent years than probably in multiple 
decades prior, to when it was a fairly simple business and was all regulated. 
Oversimplified, back in the perhaps good old days, the more power you sold, 
the-more plants you could build,-the larger -the investment base on which._you 
could earn a return. This was the "live better electrically"era. Then came 
deregulation and things got messy. But none of that is particularly new. 

But there are new things that have developed over the past two and a half 
years _that we really do need to think about. First of all, the environmental 
pressures have ramped up considerably. Even with the Bush 
Administration's denial of many environmental issues and climate change, 
·these things have built up during the past few years and it is clear with this 
change in administration that we now have, we now face considerably more 
regulation and more pressure to act. Coal plants, the best of them, still emit 
substantial pollutants of various sorts, as you well know. They're a major 
source and are going to come under special pressure. 

Another issue that's become substantially more of a factor than it was in past 
years is this whole question of energy independence. Where do we get our 
energy from? And that brings in the drive towards renewables. As many of 
you know, we have a goal of 25 percent renewables here in New Hampshire 
by 2025. We're a fair ways from that now, but that's something that clearly 
is going to be a factor, and coal definitely is not a renewable. The carbon 
dioxide, which has been a major force and continues to be a major force in 
climate change, is going to come under pressure. I think there's, most people 
would agree, there's a high likelihood that we will see a cap and trade 
program from, which attempts to deal with that issue. The evidence for 
climate change, unfortunately, continues to grow. 

Efficiency is something that has become more evident over the past few 
years. Efficiency measures are now paying off, and we're actually seeing a 
change in the long term growth curve in the demand for electricity as a result 
of that. But the whole efficiency thing is really just beginning to break 
through. The potential savings in commercial buildings, in homes, and these 
aren't efficiencies that mean turning off your heat or turning off your lights, 
it's just investing in efficiency measures that are going to make a substantial 
difference and are going to bend the growth curve as we look out into the 
future. 
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So the slowdown in demand for electricity that we've seen over the past year 
or more, while it's been exaggerated by the slowdown in the economy, has 
more to it than that. Texas Utilities for instance, one of the major utilities in 
the country, I think reported a six percent decline .in sales last year, closing a 
number ofplants. This is something that's going on .industry-wide. · So we 
have to think about the effects of efficiencies. The Obama Administration, as 
I've mentioned, is now pushing incentives for greater sustainability and 
connected to that, I would say, is · the prospect for a substantial number of 
jcibs. Many of the programs that we've seen iri the stimulus program that 
will come to Nevv Hampshire will bring some money to areas where there .can 
be a lot of good jobs and a lot of substantial benefit. 

Another thing that we have to factor in is the likelihood of high, increasing 
standards, higher thresholds for mercury, among other things, that will face 
us in the period ahead. So I think it's important -when we look at this issue 
that we keep that in mind. I don't see this as really two paths that diverge, 
one good, one bad. We're still, it's still really one path, but I think the path 
that we're moving along is moving through ·a landscape that has changed 
dramatically. 

So the question is, do we adapt and adjust to that changing landscape or do 
we essentially go ahead without consideration to what's happening all around 
us? And that is essentially what needs to be studied. I know that it's hard 
to swallow, even for the short term, because it's a major project and it's been 
a long time in building and it's underway. But I feel very strongly that what 
we're seeking here, which is a study, a relatively short study, is necessary. 
And I think that that's the least that we can do for the ratepayers. I'm 
reminded of an old musical which was called "The King and I," which was 
about the king of Siam and he had a governess he brought in to raise his 
kids. · And the governess taught him that most of his views were totally out 
of line with reality and eventually he was brought around to her way of 
thinking, and there was a song in that where the refrain was, "I think I want 
to think it through again." So all I'm asking is that you give us a chance to 
think this through again. Thank you. 

Senator MaTtha Fuller Clark. D. 24: Thank you very much, Senator 
Janeway. Are there questions from the Committee? Senator Odell. 

Senator Harold Janewav. D. 7: Good morning. 

Senator Bob Odell. D. 8: I appreciated very much the history of the 
background on this legislation, because I think that's very important, about 
where we've come from. And I was going to ask that question had you not 
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raised that . But I also want to add a couple of statements and then ask for a 
response. 

And that is that in 2006, the vote on the Senate floor was 22-2 to go forward 
with the scrubber, and let me put it in the simplest of terms . There was a 
different party in charge at that time, the Republicans were in the majority. 
I chaired this Committee, for example. We became convinced, that is some of 
us , that the public health danger to children and young women of 
childbe aring age was so compelling that we needed to take action right then. 
Two hundred and fifty million dollars to me sounded like a huge amount of 
money, huge amount of money. But I think of the child that is born today or 
a mother about to conceive in ManGhester or in some other community east of 
here, and I say if that child's public health interest, the prevention of cancer, 
was to be $1.00, I would be. for it But for each of those childre_n, if the ];2rice"'-------

-----was $2.00, I would still be for it. This to me is a public health issue . We 
fought very, very hard to get consensus within both parties to pass this bill . 
. We understood there would be new technology, new advances, but we didn't 
want to do exactly what's happening in this room today, consider putting it 
off one more time , over and over again. 

And it's come me not as a debate about public health, but when a lobbyist or 
the advocates of your bill drive to Lempster, New Hampshire and sit down 
and say we represent commercial ratepayers. And I say, who ratepayers? 
Well, 28 ratepayers, commercial ratepayers. And I say okay, I represent 
55,000 people here who are worried about jobs, they're worried about public 
health, they're worried about cancer, they're worried about pollution. And I 
just have the greatest trouble of going back and looking at what we went 
through in 2006, which I think was one of the high points of my time in the 
State Senate, passed this bill, and then come today, have somebody say, oh, 
but you might have not known enough to go forward. 

I know something about young people and children who suffer with cancer. 
We had a presentation yesterday morning about CHAD . We saw two 
children with cancer. If I were to be here today and not do everything I can 
to get this scrubber up , inadequate as it may be , I think I would have failed 
the mission we adopted as a policy of this State of New Hampshire in 2006 . 
I just come to you today and I would say, Senator, would you consider letting 
us go ahead with the scrubber, meanwhile, go ahead with the study on the 
side . Three months, six months, whatever it is. I'd rather have you do a 
good study, but let's get on to the scrubber from the standpoint of public 
health, nothing else . Two hundred fifty million, five hundred million dollars, 
children, women who could be pregnant, cancer, I just can't turn back. 
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Senator Harold Janeway, D. 7: That's a good statement and I can't 
disagree. There's nothing in this bill that actually says stop. It says please 
study. And I agree about mercury. I think, when I think about dealing 
with this mercury and you think about trying to remove whatever, 80 percent 
of 140 lbs. out of, I'm not sure of the arithmetic, I think it's a billion pounds of 
coal, I don't see how it works, but it does take some major action to do it. So, 

. as I say, please, the bill does not require a halt . . 

Senator Martha Fuller Clark. D. 24: Fcillow up? 

Senator Bob Odell. D. 8: That's fine . 

Senator Martha Fuller Clark. D. 24: Are there additional questions from 
members of the Committee? Thank you very much, Senator Janeway. 

Senator Harold Janeway, D. 7: Thank you, Senator Clark. 

Senator l\1artha Fuller Clark. D. 24: I'd now like to call upon Senator 
Gats as. 

Senator Theodore L. Gatsas. D. 16: Thank you, Madam Chairman, 
members of the Committee. I'm Senator Ted Gatsas, I represent the towns 
of Dunbarton, Bow, Hooksett, Candia and Wards 1, 2 and 12 in Manchester. 
I'm here to speak against both the bill and the amendment. I think the 
Committee needs to consider some things. You have an amendment before 
you that says, and we've heard that possibly they could report out in 90 days. 
There was different testimony that came out in the House hearing a few days 
ago. At the end of 90 days when you get that report, what do we plan on 
doing? Calling a special session to close the project? Being here in the same 
position we are today? We have a project that's going at full force. By 
October, it's going to be well into the project. So what are we attempting to 
do at that time? 

And Senator Odell, I'd like to, because history is very important. And I 
think that we need to talk about the history of this bill froni the beginning, 
because in the Senate, House, Senate Bill 128 was before the Senate and I 
was on Energy, on that committee, and Senator Johnson was the Chairman. 
We listened to testimony and we saw sheets that were passed out of the red 
zones in the State of New Hampshire . Those red zones were very apparent 
in Raymond-Exeter. They were absolutely fire red. I think it's important 
that we all understand that this is a health issue. This was about taking 
mercury out of the air, not anything else. 
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There was an amendment that came out of that committee on Senate Bill 
128, and what it said was that the total mercury emissions from all affected 
sources, burning coal as a fuel, of 50 lbs. per year beginning July 2008. So 
the amendment that came out of that Senate committee forced Public Service 
to remove mercury by 2008. \Vell, that got everybody's attention and it got it 
pretty quick, because the acceleration that we had in that bill was that all 
mercury would have been removed by 2011. So that's the true history of the 
bill, and that's what got the sides together at a table. An environmentalist 
coming in-and saying, that's-a great amendment,-we're thrilled to death by it. 

I think another important issue is that when you talk about history, that 
there is a committee report on Senate Bill 128. And there were a lot of 
questions asked and a lot of discussions. I think the most important one, 
t_ho ugh,_is that when s-mLgo__back, a11d I'm going_to_quote,_the_Conser-'iLation ___ _ 
Law Foundation came in and they were discussing the legislation. And 
here's the question: 

Senator Gatsas: . Thank you, Mr. Chairman. And I quote: "Do you know 
that a dollar increase is a 15 percent increase on rates? Do you believe that 
the ratepayers should absorb all of that?" 

That was my question to Ms. Gerard. 

"vVell, right now the law says they would. But I believe the ratepayers have 
absorbed it in the past and probably should. I will say this, though, after 
Representative Hennessy's remarks." 

So at the time when we heard that it might be a dollar and there was not one 
question about a $275 million cost. That was an awful lot of money back in 
2005 , and nobody raised the question about cost. 

So the amendment and the legislation do one thing - kind of look, turn back 
the history of time and look at Seabrook. Delays there cost an awful lot of 
money to ratepayers throughout the State of New Hampshire. There is more 
cost and less study of RGGI. We passed a piece oflegislation last year called 
RGGI. There was less study. This bill, when it came through the Senate 
about removing mercury, took two years to look at. The cost to the 
ratepayers in the State of New Hampshire with the cost of RGGI is going to 
be more than what the scrubber costs us . The difference is, that in the RGGI 
costs there's no C0 2 that's coming out of the air, there's no technology that 
takes C0 2 out of the air. There is technology to take mercury out of the air 
and save lives. 
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I know that people may be a little confused of why I'm standing here and 
supporting Public Service and their efforts to move forward. I think Gary 
Long and I have had our discussions in the past about what ratepayers 
should be paying and what they shouldn't be paying . . But there is a time to 
talk about prudency and that's when the project is done and costs are in. 
And maybe at that time I say, well wait, the ratepayers shouldn't be paying 
for all of this, the stockholders should be paying for some of it. But none of us 
should take a position today to stop .the project, until that project is 
completed and we have an understanding of what the cost is. Because then 
maybe Gary Long and I will have a difference of opinion. We've done it in the 
past, but now I stand with him and say that that project . needs to be · 
completed because for every home in the Town of Bow, if that project is closed 
and Public Service closes Merrimack Station, · for every home that's assessed 
$300,000 in the Town ofBow, it's an increase of $800 a year in taxes. 

Let's not forget the raihoad that delivers the coal. My bet is, that's a primary 
source of income and they may not be going up that railroad much longer. 

So we don't need the PUC to look at it. They've looked at it. As a matter of 
fact, they probably might take 84 sessions like they did with energy efficiency 
to come out and tell us how to spend the money. It's probably going to take 
84 sessions for them to study what to do with the RGGI money. So, we don't 
need delays. We don't need the closing of the Merrimack Station. We need 
this project to move forward . Thank you. 

Senator Martha Fuller Clark D. 24: Thank you, Senator Gatsas. Are 
there questions from the Committee for Senator Gatsas? Seeing none, I'd 
like to call upon Senator Letourneau. 

Senator Robert J. Letourneau, D. 19: Good morning. 

Senator Martha Fuller Clark D. 24: Good morning. 
' 

Senator Robert J. Letourneau, D. 19: Good morning, members of the 
Committee. Senator Odell, I remember very well serving on that committee 
when you were Chair, and I remember the bill passing and the discussion 
that took place. Today is a whole different discussion. 

Madam Chairman and members of the Committee, for the record, I'm Bob 
Letourneau and I represent District 19, the towns of Derry, Hampstead and 
·windham. I belie..:re this legislation poses a great risk to the residents of my 
district at a time we can least afford it. As you may know, the electric 
market reliability, ability has been a concern of mine throughout my tenure 
in the Legislature. That said, I have admired the way the Legislature, 
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regardless of political party or ideology, has been able to move New 
Hampshire forward on energy issues without creating undue risk for our 
state. While other states have rushed forward with untested policies or 
ideas, they have many times resulted in drastic results and costs. We have 
remained steady, determined and cautious in our movement forward. 

I believe Senate Bill 152 will take New Hampshire down a new and risky 
path, where the foundation of our energy infrastructure is left exposed and 
unstable-in a way to force- our state in a new and untested and -unreliable 
direction. While the stated purpose of this bill seems harmless, in reality it 
would create a scenario that will create greater costs for New Hampshire 
ratepayers, less energy security for our state as a whole, and the elimination 
of several hundred jobs. I supported creation of renewable energy because I 
wail-t-tG--S€@ New B€1.-m-psh-ii"e-a-nd- the Un-ited-States-more relian-t on-do-mestic 
energy sources. 

However, as leaders of New Hampshire we need to be honest about the 
challenges and hurdles that confront the development of renewable energy in 
our state. Many of the same challenges that confront fossil fuel generation 
also confront biomass, wind, hydro, solar. Some of the same interests here 
today opposed to the installation of environmental upgrades at the 
Merrimack Station are also opposed to the construction of a wind farm in 
northern New Hampshire. Political, environmental and financial, 
geographical hurdles all stand in the way of renewable energy. 

I have brought along several copies of a column in the Wall Street Journal 
last week on the development of renewable energy in this country, and you 
have it there in my testimony. And while there were many issues raised in 
this piece, the one thing that struck me was the statement that we are 
tearing down more hydroelectric generation than we are building. Two years 
ago, this committee had considerable debate over a bill that I brought 
forward to allow a regulated utility to build one renewable energy project in 
the North Country. At the time, we were told that a tremendous progress, an 
opportunity that was happening in that part of that state, and that we should 
not allow a regulated utility to upset the great progress of the merchant 
developers - Tamarax' Groveton biomass project, Noble's wind farm, clean 
energy development, Berlin's biomass project and Laidlaw's Berlin biomass 
project. There are a variety of reasons why these projects have either died or 
moved at a very slow pace. But the bottom line is, we have not seen the 
boom in renewable energy that was predicted four years ago or even two 
years ago. While the ISO New England lineup may be filled with projects, 
how many of these projects will actually get built? One in 25? One in 15? 
Generally, the odds are not that good. 
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I also want to talk just a little bit about cost. For anyone who deals with 
construction, the idea that costs have escalated tremendously over the past 
two years should not be a big surprise. In my capacity as Chair of the 
Transportation Committee, the issue of construction costs has driven our 
policy development for the past two years. For example, in 2006 a ton of 
liquid asphalt cost $250. Last summer, that cost had risen to approximately 
$850 a ton. Cost increase for steel, concrete, gravel and labor are all well 
·known. In the light of these cost increases, the bipartisan approach that we 
have taken l.s to make sure that the foundation of our transportation 
infrastructure is maintained and secure. I would suggest toyou making sure 
that our state's primary base load power plants remain stable, secure and · 
viable. It is the best vvay that we can protect our energy infrastructure 
during these difficult times, as well as position our state for economic growth 
into the future. 

We should also view the cost of the environmental upgrades at Merrimack 
Station in the light of other energy projects that are happening in New 
Hampshire. Consider that we are talking about spending $450 million to 
ensure a 440 watt, megawatt base plant that runs 24/7, remains secure, 
viable and reduces its environmental impact. In the North Country, 
developers are talking about spending $250 million on an intermittent wind 
project that will produce one-tenth the electrical output of the Merrimack 
Station. Increases in construction costs are impacting all aspects of 
construction, even renewable power development. Again, I am in support of 
rene~vable energy, and I · want to work towai·ds a renewable future in New 
Hampshire . But those of us in the Legislature need to be realistic about 
where we are today, the cost of achieving a cleaner future and the hurdles 
that stand in our way. And I'm sure you will hear from countless experts 
today what our energy future holds. And I can tell you from my expert 
opinion, and that was gained from unfortunately from age, is that nobody 
knows what the future will hold. We don't know what the costs will be, what 
regulations will be enacted, what new technologies will be developed and I 
don't know where we will be next year, needless to say, that we will be in 10 
years , or where we'll be in 10 years. When it comes to energy, all we can do 
is try to expose our constituents to as little risk as possible as we progress 
forward . And we can do that by defeating Senate Bill 152. 

Last, but most importantly, we have recently learned that this bill would 
jeopardize up to 1,200 jobs in New Hampshire, as evidenced by the hearing 
here today. Considering the economy and almost seven percent 
unemployment rate, this is exactly the wrong bill at a time when New 
Hampshire is facing the highest unemployment rate in 15 years, and I 
respectfully urge the Committee to find Senate Bill 152 inexpedient to 
legislate. Thank you. 
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Please see Attachment #1, Senator Robert Letourneau's testimony. 

Senator Martha Fuller Clark. D. 24: Thank you, Senator Letourneau. Are 
there questions from the Committee for Senator Letourneau? Seeing none, 
I'd like to call upon Representative Pat Long. 

Representative Pat Long: Thank you, Madam Chair, honorable Senators. 
First,-I'd -like to ·publicly-thank Public Service Company of New Hampshire. 
Not for jobs, not for good jobs, but for family sustaining jobs, family 
sustaining wages, family dignified healthcare in pride and independence with 
engineers. Not to mention the trainings that are involved with the 
agreement that they have made with the contractors. 

I'm not going to reiterate what has already been said. However, I do have 
concerns when I read, when I read of reasonable anticipated environmental 
compliance costs. Reasonable is a tough word. ViThen I read of the 
investigation shall be completed as expeditiously as possible but give the 
report within 90 days. 

My expertise here today is not on, is not on the energy, energy field. My 
expertise is on jobs. And I'm not sure if you could put yourself in a position 
where, for six or seven months, you've been collecting unemployment and 
then in these tax times, you're looking at paying your taxes on this 
unemployment. Obviously, you're looking at families that are taking three 
to four weeks of that unemployment pay to pay their taxes on. By no means, 
I want you to think that my main focus is on jobs and jobs alone. 

However, in this economy, on March 13, 2009, when I have an opportunity, 
when I have an opportunity to , when I have a choice that I have to make or 
my constituents have to make, with several of them are here , whether they 
want to plant a tree or whether they want a job, today I would say that they 
would like a job. That doesn't demise, that doesn't diminish them as to 
wanting clean air. The fact is, the reality is, their desperation is for work in 
these times, and with that I'll let you know that I'm opposed to this Senate 
bill and I'm sure that you'll do your due diligence in listening to the 
testimony and execing this bill out as ITL. I thank you very much for your 
time. 

Senator Martha Fuller Clark, D. 24: Thank you very much, Representative 
Long. Are there questions for the Representative? Seeing none, I'd like to 
call upon Representative Chris Hamm. 
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Representative Christine Hamm: Thank you, Madam Chair, and members 
of the Committee. For the record, I am Christine Hamm and I represent 
Merrimack District 4, the towns of Hopkinton, \Varner and vVebster-. And 
I'm here today to ask for your support for Senate ~ill 152, which was drafted 
in an attempt to adhere to the conditioi1s established three years ago with the 
passage of HB 1673. That bill's slate of sponsors ran the gamut from those 
with pragmatic business interests to visionary environmentalists, and was 
hailed at its passage as a bipartisan effort towards reducing mercury 
emissions in the State of New Hampshire. As a House member, I voted for 
HB 1673 because ! ·thought it was a necessary step forward. It had required 
negotiation and compromise. It promised to reduce mercury emissions 
throughout the state, most significantly at Merrimack Station in Bow, the 
largest single source of mercury emissions in this state. · 

Today, three years later, I come to you because I believe that the expectations 
we had for this bill have changed and that_~e're now in a different place. In 
the text of HE 1673, part V, the bill note~ that the ·installation of scrubber 
technology will not only reduce mercury emissions significantly, but will do so 
with reasonable costs to consumers. Although the phrase "r;easonable costs 
to consnmers" may sound amorphous, for ·those involved, including the 
members, some of the . members of this Comm.ittee, it did in fact have a 
specific number attached to it. We know this from a letter, 'vvhich I can 
provide to the Committee, from Michael P. Nolan, then the Commissioner of 
the Department of Environmental Sciences, to Senator Bob Odell, then the 
Chairman of this Committee. That letter, dated April 11, 2006, states: 
"Based on data shared by PSNH, the total capital cost for this full redesign 
will not exceed $250,000,000 in 2013 dollars, or $197,000,000 in 2005 dollars, 
a cost that will be fully mitigated by the savings in 802 emission allowances . 
Commissioner Nolan sent this same letter to Representative Larry Ross, who 
was · the Chairman of the House Committee on Energy, on Science, 
Technology and Energy, and that letter was dated January 12, 2006. 

Today, when the $197,000,000 2005 figure has already jumped to 
· $457,000,000 in 2009 dollars, it's clear that the original eJqiectation of 

$250,000,000 in 2013 dollars is beyond reach. $250,000,000 is a big number, 
and so is $457,000,000. It's a little taxing for us mere mortals to 
comprehend it. So it seems useful to try to put these numbers in context. 
As members of this Committee know too well, New Hampshire's shortfall for 
the biennium was recently projected to be $500 million. Yet, as legislators · 
have contemplated what to do about that, taxing our citizens to make up this 
difference has never seemed a viable option. Why then wouldn't we at least 
take the time to hesitate before holding our state ratepayers, these same 
citizens, accountable for a similar sum? Again, to put $457 million in 
context, this legislator, Legislature has heard from a group of private 
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investors to say they would be willing to invest $450 million into Rockingham 
Park, making that project the second largest capital investment ever made in 
this state. Seabrook was the largest. Yet, $450 million is still $7 million 
shy of the $457 million projected to install filters at Bow to mitigate only part 
of the emissions from Merrimack Station. 

Additionally troubling is the fact that as these costs have nsen, the 
Legislature has remained in the dark. An annual report, filed by 
Chairwoman Naida Kaen of the House Science and Technology Committee on 
behalf of the Electric Utility Restructuring Legislative Oversight Committee, 
notes that at the Committee's June 18, 2008 meeting, "There was no cost 
information provided to indicate a significant departure from the projections 
made in 2006." Again, I can provide this to you. PSNH reported the project 

------ costs-woulti- ee-upda-te d w-i-th-a l'€l¥i9-w 0£-ma~ m~:__eq-u-ipmen-t-bids .-Desp.ite_the _____ _ 
cost increase anno1-inced six weeks later on August 1, 2008, this report filed 
on November 1st of that year does not contain the update. 

Further, it is important that this committee consider that there has been no 
review of this cost increase by any state agency. PSNH says that the Public 
Utilities Commission will review the cost in an after the fact pruclency 
review. But how prudent is that? Why not now instead of later, when it will 
be too late, too expensive to change course? With no cap on costs ,- we have to 
wonder , at what point do we reach our limit? How much is too much to 
spend to rejigger a 40 year old coal plant at the end of its life span? Is nearly 
half a billion dollars the best use of anybody's money to produce 430 
megawatts of electricity? 

In September of last year, similar questions were brought to the PUC, but it 
concluded it did not have the authority to determine whether the scrubber 
project is in the public interest, finding that the Legislature had already 
made that decision by passing HB 1673. This legislation is being put 
forward to enable the PUC to go forward with that analysis. . As I said 
earlier, HB 1673 was a major step forward for its time. But now the decision 
this Committee makes on whether or not PSNH should go on with installing 
scrubbers that currently cost 83 percent more than anticipated and whose 
final cost is yet to be determined, will be key to whether that step forward 
proceeds down the right path. 

We live in New Hampshire, famous for Robert Frost's crossroads in the 
woods. I believe New Hampshire is now at an energy crossroads, at a new 
place in our understanding of the importance of our energy sources. Since 
2006, not only the cost but also technologies have changed, and so have the 
political realities in the regulatory landscape. We now understand that 
there are other less expensive alternatives, such as activated carbon 
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injection, that could address these emissions less expensively; We also 
understand that we must address other emissions, including C02 emissions. 
It appears likely that the new administration plans to have a carbon program 
in place by 2012. In addition, the EPA will likely introduce new mercury 
rules, which could mean that the emissions reduction provided by this new 
scrubber will not adequately comply with EPA standards. As we've heard in 
testimony on a related bill'in the House, that would 'mean additional controls 
and additional costs for ·ratepayers. 

To go back to HB 1673, I draw your attention to part VI, which notes that the 
installation of such technology is in the public interests of the citizens ofNew 
Hampshire and the customers of the affected sources. Again, I believe that 
when this was passed, that public interest was served. But now that the 
balance between cost and results has been skewed and it is clear that 
additional improvements will have to be made at additional cost, we have to 
wonder whether or not going forward with the installation remains in the 
public interest, and that is what we want the PUC to review. 

As the bill states, as legislators our fiTst concern should be the citizens of 
New Hampshire and PSNH's customers. I believe this Legislature, but Jirst 
this Committee,· needs to consider whether the agTeement forged in HB 1673 
is still in the best interests of New Hampshire's citizens and PSNH's 
ratepayers. The sponsors of this bill are not alone in thinking it is not. 
Currently there are more than a dozen pending dockets, cases and permits 
relating to Merrimack Station, ranging from a Title V permit under the 
Federal Clean Air Act; to a case before the New Hampshire Supreme Court 
filed by the commercial ratepayers gTOup; to guidance memorandum from the 
EPA requiring PSNH to apply maximum achievable control technology 
retroactively to 2005, something that the scrubbers as currently configured 
do not achieve; to another case filed jointly by the Conservation Law 
Foundation and Freedom Energy, questioning the le gality of the new turbine 
which increased the output of the plant and was installed without DES 
permits in April 2008; to a PUC ' order requiring a study and economic 
analysis of retirement for any unit in which the alternative is the investment 
of significant funds to meet new emissions standards and/or enhance or 
maintain plant performance; to the Obama Administration's announcement 
of a new federal C0 2 program; to a pending report from the Governor's 
Climate Change Task Force. 

Clearly, in the three years since HB 1673 was passed, the gTOtmd has shifted 
and clearly there are many important questions to be answered. Clearly our 
constituents, the PSNH ratepayers, deserve the same kind of cost benefit 
analysis for an expenditure of this magnitude that PSNH would undertake 
for its shareholders. Four years from now, or 15 years from now, as energy 
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rates rise into the stratosphere, we simply cannot tell our constituents that 
although we knew of these coming federal changes, the pending issues with 
the plant and the 83 percent cost increase that has not yet been reviewed, we 
did not revievv our options before going forward. No one is talking about 
doing nothing. Clearly, it is our job to make certain that the ratepayers of 
this state are protected, at the same time ensuring that our energy sources 
have the smallest possible environmental impact. 

I- urge -this Committee to take these responsibilities seriously. --Recently, 
representatives from PSNH reminded us that New Hampshire led the nation 
by passing the Clean Power Act in 2001 . . Let's not see that tradition, one 
that all of us have the right to be proud of, go up in smoke. Thank you very 
much. 

Senator Martha Fuller Clark. D. 24: Thank you very much, Representative 
Hamm. lue there questions from the Committee? Senator Lasky. 

Representative Hamm: Good morning. 

Senator Bette R. Lasky, D. 13: We have before us an amendment which 
replaces the bill, and I forgot to ask Senator Janeway about it. But I 
wondered if you could point out the significant differences in the amendment, 
as we were just given it this morning? 

Representative Hamm: You should ask Senator Janeway rather than me. 
Okay. I was involved a little bit at the beginning of this and then he, I have 
read the amendment as he's shown it to me, but I'm not the one to really talk 
about the differences. 

Senator BetteR. Laskv, D. 13: Thank you. 

Senator Martha Fuller Clark D. 24: 
to answer that? 

Senator Janeway, would you be able 

Senator Harold Janewav, D. 7: I can't, without the prior bill, give you 
precise. There were changes that were designed to make sure that the PUC 
wasn't forced into the longer, sort of more formal process, and other than 
that, really the thrust of it remains the same. I'll see if I can get for you. 
Actually there vvere a series of modest tinkers that were made as we moved 
along. I'll try to get a full set so you can see how that went, if that's alright. 

Senator Martha Fuller Clark D. 24: 
does that answer your question? 

I guess I'm elected. Senator Lasky, 
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Senator BetteR. Laskv. D. 13: Certainly. Thank you, Senator Janeway. 

Senator Martha Fuller Clark. D. 24: Senator Janeway, I do have a question 
for you, which was raised by Senator Gatsas. Is once, if this bill were to go 
forward, once this study was finalized, how do you believe that it would be 
useful to the Legi'slature and to all of the citizens of New HampshiTe-and our 
constituents? 

Senator Harold Janewav. D. 7: Well, my first answer to that is that I think 
we all need rnore information and sci that shining a light on the' issue w'ould 
be helpful to everybody, whether it goes forward or Iibt. So I th:illk there is, if 
you: will, an educational process that would be p<eh~t ofthe outcome here. I 
can't predict exactly what follow-up measures would take place. It may be 
something that would come forward in the subsequent sessions, but I don't 
see how there would be anything immediate or dr!lniatic. 

"l • 

Senator Martha Fuller Clark. b. 24: Follow-up. I know that one of the 
concerns of many of the people here today are that this bill is a thinly veiled 
attempt to close down the scrubber. Would you be able to speak to that? 
And what, I guess that's my question to you. 

Senator Harold Janewav. D. 7: I certainly don't see it that way and that 
wasn't the intent. vVe're looking for more insight, more information, more 
perspective. I think there, I'm pretty sure there are people who support this 
bill who would like to see that happen. I'm not one of them. The sponsors 
aren't in that position, so it's so mew hat, I'm inclined to say, a way of trying to 
trash it when that is not the intent. 

Senator Martha Fuller Clark. D. 24: Thank you. Additional questions? 

Senator Bob Odell. D. 8: Thank you, Madam Chair. Representative Hamm 
(INAUDIBLE), I think Representative, Representative Hamm mentioned 
this issue of prudent cost. When does this , if this is a, I'm trying to get from 
a very simple example, the 90 day process, if I'm understanding ... 

Senator Harold Janewav. D. 7: Correct. 

Senator Bob OdelL D. 8: ... but as you go through this prudent cost aspect 
of this, how do you, what happens if you say it's a little imprudent or not a 
little imprudent? INhere are we at that point, and I do go back to Senator 
Gatsas as a follow-up to the Chair, so then what do we do when September, 
October, November of this year, . with whatever we have as far as 
information? How does that ennoble (sic) this body, the Legislature, to do 
something? 
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Senator Harold Janeway, D, 7: Well, I think it's so much, we're all having 
trouble, it's not so much focused on the costs of the scrubber project, it's going 
to be what it's going to be, It's more, what does the commitment to that 
scrubber imply in terms of future costs if other measures that I referred to as 
possible, say the EPA decides that the mercury limit should be 90 percent or 
95 percent instead of 80 percent? Or if water temperatures require, and 
other such things, require additional investments? So it's looking beyond 
the, the hope is that the study will look at the possibilities beyond the 
scrubber that would lead to substantially- h{gher- costs,-- -An-d- you'll -hear 
testimony on that, I think, from others today, 

Senator Bob OdelL D, 8: In a practical way, what I've heard from some 
today is quite speculative about what EPA will do, what this organization is 

r--~- -~~~-~ge-i-n-g-te-Ele,w-h-at-tlte-s-ta-nEla-rEls-a-!'e-geing-te-8e-a-ue-Es-iej-, w-ha-t-the-c-ha-nges:~-c--~~~---J 

are going to be due (sic). Let's say we go 90 days and we have this study 
parallel to activity at the site, and then something changes on the 93rd day 
after the study is going on. And this seems to me as if it's always a moving . 
target, there's going to be dramatic changes as we go forward. I think no 
one's learned quicker than President Obama that things don't happen on his 
schedule. There's Congress and there's a lot of other factors at play here, but 
somebody has picked an arbitrary 90 day period, if I'm correct, to assess this, 
and I just don't know how you put a deadline on a $500 million project and 
say okay, at, in 90 days we're going to be able to tell you that here's some 
plausible, I think that's the term here, plausible situations that might evolve 
in the future. And I don't know how far out the future is? Is that one year, 
two years, twenty-five years? And I guess that's the question. 

Senator Harold Janeway, D. 7: Yeah. 

Senator Bob Odell, D. 8: 
$450 million project? 

How does this really fit in with the reality of a 

Senator Harold Janeway, D. 7: Well, I agree nothing is certain in this life 
or in this world. But our concern is that there hasn't been any attempt at 
this point to look at those other potential things, and the EPA, for instance, 
has already made some, taken some action that points to, you know, stricter 
standards. There are, it's far less likely that, most of, a number of them 
relate to new coal plants rather than existing coal plants, but there are, the 
direction in which the EPA is moving is pretty clear. And 90 days just 
seemed like enough time to assess what we know now, as opposed to, and 
look at that, compared to what was known when your bill, which I fully 
supported from the outside back in '06, did. So it's an update, let's just look 
at this and be sure we've thought it through. 
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Senator Martha Fuller Clark, D. 24: Senator Lasky. Thank you. 

Senator Bette . R. Laskv. D. 13: Thank you, Madam Chair. Senator 
Janeway, as I see in the amendment and as I've seen all along in looking at 
this project, is one of the major questions I believe that's still out there, is the . 
projected costs of supplying customers with purchases in the wholesale power 
market. iilld that is one of the things that you want to analyze. Do you 
have any projected figures as to what that might be now, as opposed to, you 
knoyv, going ahead with the scrubber? 

Senator Harold Janewav, D. 7: Thank you for the question. There are 
current costs in the purchase power market which others ,will be able to 
speak to. They've come down quite substantially with, in line with the 
surplus of capacity that has developed. ISO New England, which is the outfit 
that collects all the data on New England's power pool; has estimated that 
there are, there is the equivalent of perhaps seven Merrimack Stations 
surplus capacity right now. And even future, projected out, I think three 
years or so, so that has pushed down the price, but others who_ you will hear 
from later can provide more detail on that. 

Senator BetteR. Laskv. D. 13: Thank you, I will ask them. Thank you. 

Senator Martha Fuller Clark, D. 24: 
move forward. Representative vV alz. 

Thank you. Other questions? . Let us 

Representative Marv Beth Walz: Thank you, Madam Chair, 

Senator Martha Fuller Clark. D. 24: INAUDIBLE 

Representative Walz: I will not, although I do intend to answer some of the 
inaccurate information that my predecessor had stated. So to that end, I 
would like to thank the Committee. I am Representative Mary Beth vValz. I 
represent Merrimack County District 13, which includes the towns of Bow 
and Dunbarton, so the plant is in my district. 

And with that, I might add that this is a plant I've been familiar with since 
well before I was elected to the Legislature. I probably had my first tour of 
the plant about 15 or 16 years ago, and over time I have followed that plant 
and come to understand a lot about it, including how the darn thing runs. 
And so I'm more than a little familiar with the plant and how it fits into 
PSNH's plan for power in New England. So I do not come at this as green as 
perhaps some of my fellow representatives. 

(j
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Well, I'd like to start off and say that I am quite alarmed by the fact that we 
have this bill before us at all. I find this incredibly disingenuous of the 
environmentalists to be bringing this bill forward at this time. I, too, 
remember, as was testified before, that three years ago this bill was touted as 
a huge success, because we brought the environmentalists, we brought the 
company and we brought the Legislature to the table and we all came to an 
agreement. We all looked at all those factors and came to this agreement 
that allowed the company to move forward at what was going to be great 
expense to them~ but it also cleaned up the ~air of mercury. This plant's going 
to take 85 percent of the mercury out of the air. It's twice as good as any 
carbon injection system, that has been referenced earlier. I know 
Representative Hamm suggested carbon injection. This reduces twice the 
mercury any carbon injection system can. The company worked with EPA on 
carhon_inj e ctio~n-S-yste ms-a~nd-this-is-tntil-Q til st-w ay- tG get me~I"G-Y~r-y-o-u~t-Gf-the 

air. So this was a great plan that moved this forward after carbon injection 
systems, and said this is the way that we can get the most mercury out of the 
au. 

So, then I looked at this bill, and this bill, the original bill said what is in the 
best interests of the retail customers? So I looked at the. bill initially in that 
respect, and we know that we need reliable, economical base load power in 
this state. And I heard testimony up here from Senator Janeway before, 
that we have an excess of power in this state. I sat there stunned! Stunned! 
Does he understand this winter how close we came to not meeting our load 
need? There are jet engines at the Merrimack power plant. I didn't know 
this until recently. There are jet engines that have been there since the 
1960s, and when.the plant itself, and when all the plants that are fired up in 
New England can't meet the base load, they turn those jet engines on, and 
somehow beyond my knowledge, they can generate electricity using those jet 
engines. This winter, they were running those jet engines! We didn't have 
enough power on some of those cold mornings to meet the power needs of 
New England. They had to turn the jet engines on! Where does (inaudible 
(1:01:20) we've got seven times the load of Merrimack excess in New England 
comes is well beyond me, because the experience of this very winter 
contradicts that. 

One thing that the proponents of this bill keep talking about is that we need 
renewables, and they talk about wind and they talk about solar. What we 
need here is base load power. You need power that you can call up when you 
need it and have constantly running. Renewable power, like wind and solar, 
is intermittent power. You can't just call on it, you're the victim of the 
weather. Does the wind blow, does the sun shine? And what happens at 
night? When you replace the Merrimack Station, which we are going to have 
to do, you're going to have to replace it with some sort of long term viable 
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base loadpower, not intermittent power . And that difference seems to have 
been lost on the people talking about this bill. But it's an important 
distinction. You can't replace base load power with intermittent power. 

They also talk about the economy here. We all have heard endlessly about, 
because of the increased cost here, about how this needs to be looked at. The 
reality is, as I stand here today, PSNH has the cheapest utility rates of any 
utility in all of New England, the cheapest rates, not just in New Hampshire 
-in all of New England. If you take and you put that scrubber on at $250 
million, they're still the cheapest power. If you take it and you put it on at 
$450 million, maybe we're not the cheapest anymore, but _we are still below 
market. And the power coming out of the Bow power plant is still below 
market. So if you shut down that plant and you tty and replace that power 
at market rate, my understanding is it's going cost you, today, $30 million a 
year to replace it at -market rates. That's more than it would cost just to pull 
that power out of the plant with the scrubbers. 

Now, I can stand here and do that as a back of the envelope computation. 
You don't need a 90 day study from the PUC to run that simple calculation. 
So I would suggest that you need to be looking at that factor as well. 

Now if, it's not clear me that this study calls for delay. But if there is a delay 
due to this study, ifyou take a three month delay, because of the work season 
here, because of our winters, a three month delay means a nine to twelve 
month delay in the construction on that plant. \iVhat does a nine to twelve 
month delay do? _ vVell, for one thing, we get all that extra time of mercury 
spewing in the air. I am troubled and confused with how the 
environmentalists think it's a good thing to keep the mercury spewing in the 
air while we slow clown doing this. 

Secondly, it increases the cost even more. So they're coming at you and are 
screaming about the cost of this plant, but what they're proposing is going to 
increase the cost even more. Why would we want to take a course of action 
that's going to make the scrubber even more expensive than what the market 
costs have made it already? 

Now, what will the study show? I know you asked Senator Harold Janeway 
that. That was a really mushy answer, from my point of view. What are 
they going to do with that information? Even if you have the study, what do 
you do with the information? You got two choices: either you go forward or 
you shut down the plant. Shutting down the plant doesn't seem like a viable 
alternative. vVe've got, I think, about $200 or $250 million already invested 
in the scrubber which PSl\TH, under current law, would be allowed to recover. 
And I think if you didn't allow them to recover, it would be unconstitutional. 
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So we're already into this for a couple hundred million dollars. So we're going 
to stop? We're not going to, we're going to let them recover the $200 million 
because you have to, and then do what? Then start all over with a new plant 
that's likely to cost in excess of $500 million? I mean, I don't understand 
where we're going to go with this information. 

vVe hear things have been changed. I have not heard from any of the 
proponents any new technology here. What has changed? In a short period 
of time, what has changed? There is no major earth shattering thing going 
on. We don't hear changes going on around the country. We don't hear 
power plants across the country changing what they're doing and putting in 
some newfound technology. This is the state of the aTt technology. So the 
costs have gone up . That happens. It happens on all kinds of things, you 
know. vVe'll deal with it and that's what the :grudence review is there,_,£,.,o~r~. _____ _ 

---

Businesses need business certainty. Who are we as the Legislature to come 
in there and say, well, two years ago we thought this 'was a great idea so we 
passed this bill and we told you, PSNH, you h~ve to do this and now you've 
spent a couple hundred million dollars on it. But, now we've changed our 
mind. What businesses want to stay here, when we've got a legislature like 
this that two years later is coming back and changing the rules of the game? 
You can't come back and do that to businesses. That is hardly a business 
friendly approach to anything in this state. 

So I also looked at the amendment on this, which I saw a few minutes ago 
sitting down here . I had not seen it until somebody referenced it. I didn't 
even know there was an amendment. I've only had a moment to review the 
amendment, but if I look at the amendment, what you're doing is putting in a 
pre-instruction (sic) prudence review. So basically you're telling the 
Commission ahead of time what they have to do in this prudence review and 
you're telling the company ahead of time what you have to do, kind of 
regardless of the realities and regardless of the cost. I don't know how you 
can do that, and I don't · know that that:s a good approach to policy, 
particularly when we have a prudence review in state . Representative 
Hamm referenced that the prudence review comes too late to do anything. 
That's malarkey! The prudence review is there to make sure that the 
company's been honest in what they do, and if they're not honest, then the 
prudence review, under the prudence review the PUC has an obligation to 
disallow inappropriate costs . It's not discretionary, it's an obligation, and if . 
they don't disallow it, you can bet the Consumer Advocate's going to take 
them to court and fight them for not disallowing inappropriate costs. So the 
prudence review that's in place now is more than adequate to deal with the 
increased costs of this plant . 
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So let's look at the situation. I maintain it's in the best interests of New 
Hampshire to go forward with this scrubber in a timely fashion. It's the most 
environmentally friendly approach, ,okay. Vle stop the mercury. We are, it's 
the least harmful to the ratepayers. In the long run, it's going to get power 
at the cheapest rate an.d it's going to get the mercury out of the air at the 
cheapest rate. And consistent with the first bill, I pulled the state energy 
policy that it references, and I've got to tell you, it's a home run. It's 
consistent with the state energy policy. I looked at this arid I was frankly 
confused why the proponents bothel~ed putting it in the bill, 'because this 
scrubber's so clearly consistent with the state energy policy. 

' - .:- : '. ~ 

So I would suggest that we as a legislator (sic) have an obligation here to 
approve this scrubber, then to look at ways we're going to meet our renewable 
goals that we have to do. vVe're going to look at fixing the transmission 
system in the North Country and coming down from the North Country, so 
they can put plants in. We're going to look at ways to put renewables out 
thei·e. vVe're going to develop other forms of generation. But we can't do 
that now and still meet the power needs of the state. So let's put the 
scrubber in place, meet the power needs of the state, and use that time that 
the scrubber buys us in extending the safe life of the plant, to do what we 
need to do to put reliable, safe, environmentally friendly power in state and 
the transmission to carry that power to our ratepayers. Thank you. 

Senator MaTtha Fuller Clark. D. 24: Are there questions for the 
Representative? Seeing none, INAUDIBLE 

Representative Walz: Thank you. 

Senator Martha Fuller Clark. D. 24: 
representatives who want INAUDIBLE 

INAUDIBLE ATe there any other 

Representative Frank Kotowski: Thank you, Senator Clark, Chairman, 
esteemed members of this panel. I stand here foT the first time on this floor 
as a Representative, scared to death. My name is Frank Kotowski, District 9 
in Hooksett. I stand here scared to death only for having to stand before this 
mike for the first time in 19 years. I worked for Public Service Company for 
33 years of my life. I've not been through the front doors of Public Service 
Company for the last 18 years to speak with anyone who w.orks there. I want 
you to know that. I rise here because I saw during my career with Public 
Service Company exactly what happens when perhaps well meaning people 
try to impress upon all of us the minority view. I believe that this project is 
terribly important to the future of the folks who live in my town who work at 
the Bow power plant, and I believe that I would be wrong if I didn't stand 
here and tell you that. 
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We all know what happened several years ago, at a time when Renny 
Cushing and myself and others debated these very issues. We took a project 
then that would have given New Hampshire true energy independence. That 
was the Seabrook project, I'm not afraid to say it. The company at the time 
had projected, if you recall, the cost of that plant to be $998 million for two, 
1150 megawatt power plants, base load plants, such as the previous speaker 
spoke about the need for. And they delayed through these very same kinds of 
tactics that ~ are being used -right now on this bill. - They delayed that project 
to a point where it brought a very good utility to its knees, bankrupted that 
utility, caused it to cancel one half of the project. Which ultimately, by the 
way, Florida Light and Power eventually, after having acquired it from 
Northeast Utilities, who bailed this good company out. I submit to you that 
y.o u~l~e-go ing-to-l:~all y lo o~k--ea-I"e-£ully a-t~-th-i.s cle ar-l-y-ln1 t-thinl~y-ve~i~le d -a~tte m-:F>t-to 
delay this project so that the costs continue to rise, for whatever purposes 
they have in mind. 

Thank you vel.-y much. 

Please see Attachment #2, Representative Frank Kotowski's 
testimony. 

Senator Martha Fuller Clark. D. 24: Thank you very much. Are there 
questions for the Representative? Seeing none, are there any other 
representatives who would like to speak? Seeing none, I would like to call 
Gary Long. 

Mr. Gary Long: Thank you, Madam Chairman, for the opportunity to speak. 
Thank you, Senators, for the opportunity to speak with you today. I'm Gary 
Long, I'm the President of Public Service Company of New Hampshire. After 
I give my remarks, there is another gentleman here named Gary Fortier, 
who's the Chief Operating Officer of a company called Power Advocates, and 
he is an expert in scrubber costs and he can show you how these scrubber 
costs fit in with the rest of the industry, and I hope put your mind to rest on 
this matter of scrubber costs, and I think he can show you how reasonable 
they are. And I'll have more to say about that also. 

Now, I've been in this business for 33 years. I have spent a considerable 
amount of time and thought on this, and all the issues that we face. My 
career started about the time of the Arab oil embargo. I don't know if any of 
you remember those days and the disruption that that created for our society. 
Since that time, I've seen fuel prices go up, I've see!?- fuel prices go down. I've 
seen oil and gas prices go up and down and they all have gone on a steady 
upward trend. I've seen the rise and fall of nuclear power in this area. 

• • 0 • ••• ...... 
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There still are nuclear power plants, but there's far less now than there was 
10 or 15 years ago. I've seen the emergence of energy efficiency as a way of 
doing business. I've seen a multitude of polides come out of both state and 
federal government, radical and very different policies in all those times. 
And I've seen forecast after forecast of what the future yields, what those 
policies might be, what those fuel costs might be, what the future price of 
power might be. And I can tell you every one of therri's wrong. 

So when you're dealing in a situation like that, and certainly we've all 
experienced that just recently, I will tell you that people did not project, 
experts that you pay money to, did not project that oil prices would go up to 
$145 a barrel. But when it was there, experts were telling us .that it will be 
$200 a barrel. Three months later, it was $40 a barrel. Now, I'm not 
blaming anybody for that because nobody can really forecast the future. If 
they did, we wouldn't be in a recession. If they did, our 40l(k) and our 
investment, our retirement programs wouldn't have lost 30, 40, 50 percent. 
We would have taken different actions if we had that perfect picture of the 
future. Yet when I hear someone say let's do a study, let's spend a million 
dollars, let's spend two million dollars. And wherever you stand on the 
study, I can guarantee you, whatever version of the future that that study 
tells you, you're got to be really careful about believing it and acting on it. 

So what do you do in a situation where the rules are changing? ·what do you 
do in a situation where the energy costs are changing and policies are 
changing? As I said, I've lived that for 33 years, and there are ways to deal 
with it and we're dealing with it very effectively. There's some principles 
that we follow that have worked and been time proven. One is, you own 
assets. vVhen you own physical assets, then you control your own fate, and 
you're not subject to the ups and downs and vagaries of the market. And one 
of the greatest decisions that this Legislature did was to say, PSNH you 
should keep your existing assets and generation. That has been hundreds of 
millions of dollars of value to our customers. 

Another thing that people like me do, to ensure that customers are protected, 
is you have fuel diversity. We're learned time and time again, you cannot 
depend on one fuel source. As I say, the recent history has certainly showed 
what would happen if you relied on one fuel source. So the way you address 
that is to have fuel diversity. In fact, it's a state policy. In fact, it's a 
regional policy that we should have fuel diversity. PSNH has the most fuel 
diverse power supply mix in all of New England. We have more renewable 
power, percentage wise, than any other company in New England. It's not 
enough. vVe have coal, we have oil, we have gas, we have hydroelectric 
power, we have wood power. vVe buy a small amount of power from Vermont 
Yankee, there's a little bit of nuclear power . lilld recently we added to our 
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portfolio wind power, from the Lempster, the first wind park, energy park in 
New Hampshire , and we were part of that and helped make that happen. 

So when people talk about Merrimack Station, we currently get very 
interested in that, and I should have started out by telling you we're strongly 
opposed to Senate Bill 152, in case you didn't know. Strongly opposed and 
we're asking every senator to vote against it. It is not a simple, it is not a 
simple study bill. It is a bill that is designed and geared for closing down 
Merrimack Station. -

Now Merrimack Station provides fuel security, fuel diversity to our mix, it is 
our most economic power plant, and we have embarked on a multi-year plan 
to make it one of the cleanest coal plants in the nation. Not only does it do 
that for us and for our_custmners_irom _ __an_energ:y_p_erspective-,-it alsG pi'GV-ide~--­
huge economic benefit to our state and to our·community. You'll hear today 
about what its impact is on rail service. We are the anchor of rail between 
Concord, Manchester and Nashua, for those of you who are interested in 
commuter rail. We're one of those. You need Merrimack Station to help 
provide the platform for that, and you'll hear more about that today. 

So we are, we are obviously strongly opposed and I just want to get into some 
of the things that are affected. When we look at this bill, and it's been said 
by others, but you either have a scrubber or you don't. The bill uses the 
word alternative. The alternative to having the scrubber is not having the 
scrubber. I don't think there's anybody in this room today who would say, I 
advocate running that power plant in the future without a scrubber, 
including Public Service Company. We're way beyond that. We're 
committed to putting the scrubber in that power plant and that's what 
everybody wants and that's what we want. 

So the alternative to putting the scrubber in is not putting the scrubber in. 
And if you don't have a scrubber, you don't have a power plant. And th at's 
why we fee l so strongly that is really a bill about closing the plant, and 
Senator Janeway admitted that, although he himself does not claim to want 
to shut the power plant. He admits that supporters of this bill want to shut 
the power plant. So I think you need to look at it in those contexts and that's 
why you should vote against it. 

As I said, Merrimack Station provides an incredible economic benefit and a 
foundation for rail and other things in this state, but more importantly, it 
provides hundreds of jobs. It provides hundreds of jobs for our own 
employees. It provides hundreds of indirect jobs for services that are 
provided to the plant. And right now it's going to provide hundreds of new 
construction jobs. As one of the reports said, this is not a shovel ready 
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project, this is a shovel in the ground project. Employment can start 
immediately. We have the permits, we're ready to go. 

You have a package in front of you, and I'm going to be referring to some of 
those pages. I won't talk long on each one of them, but just so you can look at 
later .. But one of the things I want to address in the course of talking to you 
today is some of the myths that have been spread recently in this regard. 
One of the thoughts that you hear up there is that, gee, if we · don't spend 
money on the scrubber, we have money to spend somewhere else. That's a 
total myth . We can spend money on a scrubber and we can spend money on 
energy efficiency, and we can spend money on renewables - we· the state, we 
PSNH. They're not mutually exclusive. It's not an either/or. So I'd really 
like to put to rest in your mind the idea that if you say no scrubber, that 
somehovv that frees up money. It doesn't. We're capable as a company to do 
all those things. They're not mutually exclusive. 

Transcriber's note: Due to the volume of · materiaJs submitted by 
Public Service of New Hampshire, those documents are not attached 
to this transcript, but are available in the original bill file. 

Another myth that's out there, is this is an old plant. Now if this was a car, I 
would agree with you, it's an old plant. It's an old car. But it's not an old 
plant, it's much newer than you think and I'll show you. I'll show you today 
in areas that it is new, far newer. And when you talk about infrastructure, 
old has a different kind of meaning than if you talk about a consumable good. 
You hear people alleging that these costs, the costs are going up. That $457 
million, the costs are going to go up. I'll explain to you today something 
about construction projects and construction management. Hopefully we'll 
put that to rest, too. The costs aren't going to go up. If anything, the costs 
will go down, and it's the way that we execute projects like this is to avoid the 
costs from going up. And we can talk about that some more, too. So you can 
think about the 457 as a very good number. If anything, we're already taken 
steps to make it lower, barring a delay or something else that would add to 
the costs. 

You also hear people on the myth that, gee, for some reason, we're not, won't · 
be able to comply with federal regulations. Well first of all, they don't know 
what those federal regulations are, and secondly, they can't predict them 
anymore than anybody else, because we don't decide what those are and no 
individual decides that. So at best it would be speculative. But the way I 
look at this is putting a scrubber in and all the other things that we've done 
over the last 15 years, puts us well ahead of the rest of the nation. As the 
President of the company, I am so confident that we can comply with any 
federal law on carbon or mercury and that this project is the right time and 
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the right place to do that. I am not concerned in the least about changes in 
federal law. In fact , I welcome them. I hope that there is federal law, 
because I think there needs to be national policy on things like carbon. 
There needs to be national policy on things like mercury emissions. It just 
happens that New Hampshire is well ahead, well ahead of all that, and I 
compliment the Legislature and environmental groups in the state, 
regulators, all who worked to make this happen. For me as the President of 
the company, that puts us in a very good position, that I don't have to worry 
about federal regulations like some other- utilities- were, because we're 
already well ahead of the curve. So I think that's a myth or scare tactic that 
you should dismiss. 

The other one that I think people didn't realize it or understand it, say well, 
the project hasn't started yet . I can tell you this _Rroject is almost in it_s_ 
fourth year. The project started the day you passed the law that said it was 
in the public interest. The project started the day you said, you ordered this, 
you put in the law, put in the scrubber. It started then and like all major 
construction projects, this is about a six year project. vVe're about the third 
year, we're almost in the fourth year of this six year project. The project 
started a long time ago . What you haven't seen is major construction, and 
we're right on the edge of starting that. But the project has started, and as 
mentioned by others, you have to start it, and you have to do your contracting 
to make things very solid and predictable, and we've done all that. And as 
you may have seen, we already have contractual commitments where we've 
spent up to $230 million and there'll be more as the project moves forward. 

On page three, I'll do this very quickly, but I think most people understand 
that Bow operates 24/7. As one of the representatives mentioned, it's a base 
load plant. It's very reliable. It's running better now than it did when it 
was first built. 

On slide four, you'll see some of the history of the plant. And like I say, some 
people call it an old plant. Actually, it's a plant that's run better and set 
records , set its all time plant operating records in the last four years. If it's 
an old plant, I'd say it's running better than it's ever run, and it's producing 
more efficient and economic power than it ever has in its history. So to me, 
that's not a definition of old, that's a definition of well run. If you were in the 
control room of our power plant, you would see an array of computers and 
computer screens. And these are things that didn't exist in 1960. They are 
not old_ 

Page six here really gets to the policy that you have set out over the last ten 
years or so , and we 're actually very proud of the collaborative efforts that 
have gone on with the State over this period of time. We've had a history of 
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environmental groups, the company, ·regulators, legislators, working together 
and we're very proud of being very progressive_ in that area, as the state and 
as the company, and that's -why we're so bothered by" this bill, which does just 
the opposite. Instead of collaborating, this is putting people apart. 

But if you look at page five, you'll see what we've done, as the state and as 
the company. We've had major, major improvements in ~nvironmental 
qualities · of that plant. It's all because, it started in 2002, others have 
mentioned this, something called the Clean Power Act. · Now we embarked 
on a path to take care of poor emissions. There's nox, tox, mercu.'ry and C02

• 

And no one else in the country has ever done this. But we were willing to do 
it with you, and you were willing to do it with us. And the last two that 
needed to be addressed were mercury and C02

• In· 2006, through a long 
collaborative process where we all came together, very substantial votes, 
majority, · large majority, sometimes unanimous votes out of committee, for 
this mercury bill - supported by the Governor, supported by the Legisl~?-ture, 
supported by environmental groups, supported by the business community, 
supported by PSNH. That's · the bill we're talking ·about today, that's the 
thing that brought us up today. And so we accohiplished what we set out to 
do. 

Back then, you asked PSNH, "Are you willing to put in a scrubber?" And 
after having that collaboration, we said "Yes, we are." And we do what we 
say we will do. We keep our word. You looked at us and said yes, as a state 
we want you to do this. How do you make sure that you do this, PSNH? And 
we said, well, our word is good, we will do this. You said, no, we're going to 
write a law and we're going to tell you to do it . And we said, fine, because 
we're going to do it. So you wrote a law and told us to do it in law. Then the 
next question is, we really would like to spend sooner, not later. Yes, we'll do 
it sooner, we'll do it the best we can; we'll execute this as fast as we can and 
do this as soon as we can. Well, how do we make sure that you do that? 
vVell, you can always put a provision in law, and you did that. You wrote a 
provision in law that said that PSNH, if you put the scrubber in sooner than 
the absolute deadline which has been 2012, then you will create a financial 
benefit to your customers . Not to your investors. You will create a financial 
benefit to your customers. 

Well, we've been working very diligently to do this as soon as possible, to do 
what you've asked us to do, which is to do it as soon as possible. So we do 
what we say we're going to do, and we have clone what we said we're going to 
do, and we h ave done what you asked us to do. And what I'm asking you is 
to keep your word . What I'm asking you is to abide by the law that you 
created. 
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One page six here, there's another depiction of the accomplishments that 
we've collected, · that we've done together and you will see, this is another 
reason why it's not an old plant. Since the plant was first installed, we've 
reduced particulate matter by over 95 percent. We've reduced nitric oxide by 
85 percent. And with the scrubber, we've going to reduce mercury by 80, 85 
percent, and we're going to reduce sulfur oxides by 90 percent. I think that's 
something we should all be cheering about and being proud about, and we 
should all be working to get this project done as soon as possible. That's 
what we should be doing. - -That's what PSNH is doing. -

vVhat's the status of the project? And as I mentioned earlier, it's on slide 7, if 
you're following along. I have no concerns about federal regulations, in fact , 
I welcome them. And that's one of the points of this slide. 

One page 8, is a picture, a diagram of Merrimack Station. It gives you an 
idea of the footprint of that plant and how much has been added to it, and for, 
have environmental improvement, and what the scrubber will do as far as 
the footprint. And of course you'll see it's a rather large and substantial 
physical structure. And of course to do that, you need people, which will 
create a lot of jobs, a lot of good work. A lot of quality good work, and we're 
very pleased with the relationships we have with the unions that will help 
bring that good work to bear on this. And it couldn't be at a better time, in 
my opinion, in history. Not that we planned this. Of course, nobody wants 
a recession, but if we're in a recession like this, what better way to get people 
employed than to have an environmental project that makes a plant cleaner. 
So we're very, very proud of that, and we'd certainly like your support in 
getting that clone. 

Page nine , and again you know, I could talk to you at length about how one 
manages construction projects, but I know as legislators you may not have 
experience in that. But this really gets to the point that this project is not 
just started, it's been going on since 2006, and this is a typical way that you 
manage major projects, and you can see we've started. We already have, we 
did the preliminary engineering, we got a project manager, a program 
manager, who helps bring it all about. We've done the detailed engineering 
and we've issued major contracts last year, and we're ready to go on the 
major construction. We've done site preparation already. If you had, as 
Representative Walz said, she's been to the site many times. If she'd been to 
it recently, she'd see it looks much different than it was a year ago, because 
we've clone a lot a site preparation in preparation for the permitting and 
major construction. 

This may be a good time to give you an example of how projects are run. 
vVe're very , very proud of our wood burning power plant over on the seacoast. 
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And that, like the scrubber, is a result of your action, as a result of a law that 
was created in New Hampshire. As soon as you get a finding of public 
interest, which you have already done, you've given a finding of public 
interests in this in 2006. We got a finding of public interest on our wood 
project, I think it was 2004. But until you've got that fi1iding of public 
interests, you're doing estimates, you'.-e doing i'ough estimates, and the world 
changes. And during that period of time, 2004, '05, '06, prices also were 
going up during that time, and we had the same interests then that we have 
now, which is to contract in a way that you miriimize and you stop and you 
lock in the prices so that they won't go up. And so we did that. As soon as 
we got the finding from the Commissioner of public interests; we issued the 
same so.rt of contract that we had with the scrubber, which are fixed price 
contracts . That means they can't go up. And so that project was a $75 
million project, and we never, ever exceeded that $75 million throughout the 
whole construction cycle. In fact, we came in a little bit lower. 

That's the same way that we're managing this scrubber project. vVe issued 
contraCts. We're looking at $457 million, and now, and we're not going to 
exceed that. And so now we're looking at ways to bring it down, because we 
have fixed price contracts for all of our major contracts. They've ·already 
been issued. And that's the way you run projects and we've been very 
successful in that, and that's the way we protect customers. That's the way 
we make sure that customers are protected against escalation. That's why I 
say it's a myth for people to say the costs are going to be a lot more than that. 
They're not. ·If anything, they'll be less. 

One page 11, it's a very important one. As I said, nobody can predict the 
future, but we are, and that's why we define things. And we know what the 
costs of the scrubber are going to be . We know that. You don't need a study 
for that, you don't need anyone to project the future. We know that cost, at 
least we know the maximum. And we know what the impact on rates are, ~ 
and that's on page 11. You've heard it before. It's about three-tenths of a ..... , ..... 
cent per kilowatt hour. And of course, you have to pay more if you've 
installed equipment like that. And it's going to cost more to have a cleaner 
power plant. But we all accept that. We all accepted that in 2006. We all 
knew that it costs money to have a cleaner power plant, and we're all willing 
to do that. But it's very competitive, and the plant will continue to be very 
competitive. You can see on that chart, that I don't want to trivialize point 
three cents a kilowatt hour, but it's well, well within the variations that you 
get in fuel costs, and it's well within the market value, the market 
differential between our plant and the market. So we feel quite comfortable, 
even though it is a price increase, the plant will continue to be highly 
competitive in the marketplace. And it gives us certainty. 
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Page 12, for those of you who are interested in more detailed cost estimates 
or prices and what a project is all about, there's nine or ten .or so different 
elements of this project that all are contracted for separately and all that add 
up . So, you know, it's far more than putting in a flue gas, you know, de­
sulfurization, there's a whole lot of other supporting and other work that goes 
with it. So just to give you a little idea. 

We have very detailed documents on this. I mean the Public Utilities 
Commission can and will see all of this stuff---They-look at-all--these project 
things and they do prudence review and they do a very thorough job. So 
vve're not at all concerned with that, because we think we're doing a great job 
and we know they will do a very thorough job in reviewing what we did. But 
we don't have any problem with that. That's done in the normal course of 
business. That's already provided for under current law. 

Senator Martha Fuller Clark, D. 24: 
you, as it's going to better be .... 

Mr. Long, I do have one question for 

Mr. Long: If it's really pressing. I'd prefer to go through and then answer 
questions. 

\ Senator Martha Fuller Clark D. 24: Thank you. 

Mr. Long: On page 13, is what some of the rough estimates were in 2005, as 
compared to 2008. You know, lots of things have gone up, as others have. 
In fact, everything all around us , all around us, in all the infrastructure 
projects and construction projects, you see the same sort of thing going on. 
That's why, when we get into construction projects, we try to lock into the 
costs as soon as possible, so that we can avoid further increases. 

Page 14 just tells you a little bit more about what drives those costs. I think 
the things that are really interesting, hopefully you will find it interesting, is 
if you go to page 15, and this is a chart. This is not prepared by Public 
Service Company, this is prepared by a very renowned firm called Cambridge 
Energy Research Associates. Okay, we took this directly from their research. 
And this is just, and this again is not speculation. This is not speculating 
about the future, this is what actually happened, okay. And so this is what 
actually happened to power capital costs between 2005 and today, and you 
can see, you can see that all projects throughout the country were 
experiencing the same sort of price escalation as we did. So that means that 
all of our competitors, others had their costs going up too, which means that 
relative , the whole market went up. So when you see scrubber costs go up, 
sure they did. But so did everything else and so relative to the market, we're 
still very good. 
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And the same sort of thing on page 16, you see iron and steel, cement, and 
they went up in great amounts from 2005. And of course anybody in the 
construction business knows that, anybody in the power business knows that. 
And the same sort of thing, if you go to page 17, copper, nickel,· you know 
increased. They're still all up, very substantial increases. I give this to you 
only to point out that, you know, obviously a project of this type is very 
complicated and no one expects you to be experts in project management. 
Nobody expects you to be experts, but we are, ·and these are things that 
really, I think, would indicate to you what drives thesecosts up and it's not 
unique to Public Service Company. As I said, · Gary Fortier will compare it 
against other scrubber costs around the nation. You'll see the same sort of 
thing, that we're very competitive and we're very :ril.Uch in line with what 
others are experiencing. 

And page 18 is a little bit more than that. There's a little more information 
on the cost differentials that have occurred. And really, you don't need a bill, 
you don't need legislation to understand this data or to get it. I mean the 
PUC has access to this data without any law changed, and they certainly will 
look at it before, as Senator Gatsas says, anything goes in rate. I mean you 
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really should take comfort in that. If they think we did anything wrong, or J. 
didn't do anything well, they will certainly let us know, and we will be_..,.•~C( 
hearing that one out too. So, I don't, you really don't, there's nothing to do in ' · 
a future study that will help you understand the costs of the scrubber. 

And our whole approach, on page 19 there, and it's been very, very successful 
and our award winning wood plant, it's gotten, five, six, seven awards, 
national, international, construction awards, engineering awards. We're 
using those same practices that we used in that award winning project on 
this, and that's not, page 19 just tells you a little bit more about what those 
are. 

And page 20 is a really coming a little bit at it from the customer angle, 
which of course is really a progress INAUDIBLE we use on every decision 
that we make, but we agreed this a very good project for customers, also. It's 
going to provide them with energy security, provide them with economic 
power, and as was said, the Public Utilities Commission will look at this 
thoroughly as they always do . 

And I think we need to remind people sometimes, so it will help you put their 
allegations in perspective, is New Hampshire has an open access system, and 
many of you were part of that. Many of you created that law and that policy, 
and certainly I was part of it. And what that means is that any customer, 
any customer can choose a power supplier. Now we know on a practical 
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level, residential customers don't get that choice because people aren't 
offering that . But we know on the business side, commercial customers, we 
know that they can and do choose power suppliers other than PSNH. 

Our role, our role as set by state law, our role is to provide power to 
customers when they haven't chosen a supplier. Some people call that the 
supplier of last resort. It just so happens that most customers do not choose 
a supplier. But commercial customers can. So when a commercial customer 

- says,- I'm-concerned -about the -cost; -you know, -I - don't want -to be flippant :.: .:.:.: .:.:. 
about this, but if they really are concerned about the cost and if we really :: ~::· 
aren't low cost, they can go somewhere else and they can completely avoid the.;.· I!··~· ....... 
costs of a scrubber. But that's not, you know, what we're trying to do is to ::: . . 
have the lowest cost power that we can for the benefit of customers. But if: :: : : :: 

~~------

peo_Qle think that we're out of line, they have_rec_o_urse_.__T_h_ey ha_'iLe_reco_urse · · · · _· -· - ·----+ 

\ -,.__ 

through prudency review and they have recourse by, they can make a choice 
for a different power supplier. And that's just the point that sometimes is 
lost when people make allegations and ... 

It's interesting to me that Senator Janeway says this isn't about cost. And I 
think he's right. I agree with him. This isn't about cost, this is about people 
who want to shut down Merrimack Station. 

On page 22 is the project benefits and I've mentioned many of them. Of 
course, jobs right now is always very important to us, and I thank people for 
complimenting us for how we treat employees. I'm ohe of those employees, 
and we always try to treat our employees well, and we always try to treat our 
contractors well, and we always try to treat people who work on our sites 
well. And we're looking forward to having many of you on the site and 
working hard. Vle know you do good work. We've had lots of experience 
with contractors doing great work and we're going to do it again. But jobs is 
very important. The local economy. 

I mentioned passenger rail. There will be more and railroad help, we talked 
about that. I talked about the energy values of this plant already. I mean 
the values to me are just so overwhelming, just as some people would say a 
no brainer, that you really want to maintain a plant like that, and you really 
want it to be as clean as possible. 

Regarding Senate Bill 152, I tell you, it's very unusual for me to testify before 
you these days , so the reason I'm here is because I just think that it is so, it's 
such a dramatically negative impact and I really need to, really need your 
vote against this bill. It is not a simple study bill. It is far more serious 
than that and, you know, my point of view, not a point of view, it's really my 
experience. As I say, you can spend any amount of money you want on this 
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study and it won't tell you the future . I think Senator Gatsas had exactly the 
right question. What are you going to do with it_ when you g:et it? Because 
at best, it's going to be speculative, it's not going to tell you anything. And 
all it will do is feed the fire and all it will do is cause more fighting and 
disagreement and people following different agendas. 

As I said, as an electric company what we do is we try to provide for c~rtainty 
in an uncertain world. And one way to provide for certainty in a very 
uncertain world is to make the power plants as clean as possible and to 
install the scrubber. As I said, the scrubber is really our hedge against 

· ,,, federal regulations . You know, I'd rather do it now when it's less expensive 
than to do it five years from now, when there's federal regulations, when 
every otherpower company in the country is putting in scrubbers. It's better 
to do it now, and I think it'll do us well. 

Senator Martha Fuller Clark. D. 24: · Mr. Long? 

Mr. Long: Yes, ma'am? 

Senator Martha Fuller Clark. D. 24: 
wind this up. 

I wonder if it would be possible to 

Mr. Long: I'm just about finished, as you can tell. I'm on slide 25, with only 
a couple other ... 

Senator Martha Fuller Clark. D. 24: You've provided a lot of very good 
information in there and it's not that we don't appreciate and that we don't 
take your testimony seriously, but you have spoken for 30 minutes. 

Mr: Long: Oh, I'm sorry, yup, a little bit longer than I normally go. But if, 
Senator, you could just bear with me a couple more minutes, I think I can 
wrap this up . 

Senator Martha Fuller Clark. D. 24: Certainly. 

Mr. Long: Thank you. On page 25, I guess you can read it at your leisure, 
but I just want to point out to you, because some people think the study is 
going to provide answers, and it won't, and I want to tell you what it vvon't 
give you. It certainly won't tell you what the cost of the scrubber is or what 
Merrimack Station's fuel source is. vVe know that. And it won't tell you 
what the price of oil, gas or coal, and it won't tell you what future regulations 
you're going to have. So it really, you can spend money and you can have a 
study, but to what end? I think the only end is, I guess, give you a platform 
to say shut the plant down. 
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Page 26. I guess I'm done, Senator. With that I can just, I really do want to 
focus on just one more slide before I leave, and it's slide number 28, and 
many of you have heard me say this before. And it's just one slide, but I 
vvould tell you, Senators, in some ways this is the most important slide in the 
whole package. Because I really don't think we should be here today talking 
about Merrimack Station. I think that should simply be going forward in the 
way that we've all agreed. 

Vlhat we should be talking about is how can we have more renewables. And 
what this page is saying is what PSNH is doing and what we think should be 
done. And you can see we think energy efficiency is a huge part of our 
future, and that's what we should be talking about. How do we get more of 
that? How do we do that well? How do we work together on ... that?~o __ u.__ __ _ 

, know, how do we keep looking for innovative ways in our power plants? You 
m.ay have read, you -may have heard, that we're going to test burn cocoa 
beans in our power plant. Those are the kind of things that we do and then 
invest in renewable energy projects. That is not going as fast as I would 
have liked, and I personally think that ·you can never have too much 
renewable energy power. And you all know my position, that PSNH would 
like to build an INAUDIBLE and employ some of these people on that front 
too, doing renewable energy projects. But you know that for three years now, 
the Senate has said no . But we're not here today to talk about that. But I 
think that's really the sorts of things that we should be talking about, instead 
of having to spend so much of our efforts doing something that has already 
been done, which is put a scrubber at Merrimack Station. 

I guess finally I just ask you for your support, for the all these people in this 
room, for our customers, for our energy future, that you vote against Senate 
Bill 152. Thank you. 

I would like, Senator, to bring Gary Fortier up for just a minute so he can 
give the scrubber perspective, too. 

Senator Martha Fuller Clark. D. 24: Thank you very much. I would like to 
say that I look forward to working with you on making sure that we can 
provide the transmission to the North Country so that whatever projects are 
being, moving forward in the North Country are going to be able to come to 
fruition. Without transmission, nothing can move forward, so we know that 
you're a key player in that and we do look forward to working with you to 
solve that problem. 

Mr. Long: And I, too, with you, Senator, am interested. And there are some 
even more substantial things we can do with transmission than the northern 
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route; but we certainly want to do that. And I will tell you, there's 
renewables that we can do now that don't require transmission. So, all those 
things I think we should pursue together. 

Senator Martha Fuller Clark. D. 24: Absolutely. I wanted to ask you on-e 
question, which was some concern that I have that when you're looking at the 
cost of commodities, that your chart ends in 2008. It doesn't show what's 
happened to commodities since the market of last summer, which we know, 
the costs were very high. The costs now have come down. Do you have the 
stability in your contracts? I know that you said .. .INAUDIBLE , 

. . . -- . . ' 

Mr. Long: :Yes, Senator, I would say we're in very good shape; ' and I really 
want to compliment the team, the PSNH engineering team and project team. 
I'm very, v~ry comfortable and very pleased withtheir, you know, marvelous 
execution so far. And yes, we provided, we have room in:the contract. We 
provided for escalation of materials and we provided for contingencies. If we 
don't have to use those escalations because the markets have changed and 
some prices of some things have gone down, or at least stayed flat, because 
sometimes we built in escalations in case they didn't stay flat. So, yeah, we 
are already seeing reductions in costs that we are capturing as we go forward. 
So, yes, we believe that that's why, as I mentioned earlier, this is like the 
highest it would ever be, 457, and you know, again, until you run the course 
you won't know what the final numbers are. But our team feels very 
confident that there's things that we can exercise along the way. 

The bad news is we're in a recession. I mean, nobody wants that. But if 
you're in that circumstance, you might have some leverage to get some cost 
savings for materials, but there still is a world demand- for scrubbers and 
there still is, it's still a very vibrant market. 

Senator Martha Fuller Clark. D. 24: INAUDIBLE 

Senator Jacalvn L. Cillev. D. 6: Thank you, Madam Chair, hold it down, 
okay. Thank you, Madam Chair. Mr. Long, I have been following this now 
for weeks, and I have heard evidence on both sides of the fence about, you 
know, whether that plant is actually an integral part of the, you know, the 
supply of electricity, and that we really could do without it and have 
adequate supply. I'm wondering if you could speak to that, and I'ni also 
wondering why, doesn't ISO New England issue, I think it's FERCs, it's been 
a little while since I've visited those, that suggest a concern about supply in 
the future? 

Mr. Long: Thank you, Senator. I tried to keep things from getting too 
complicated, because electricity is fairly complicated. But the short answer 
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to your question is that plant is absolutely critical to supplying our 
customers. Okay, now we have to distinguish our customers from the rest of 
New England. But that plant is clearly used to serve our customers, and we 
don't have enough power to serve our customers. We're buying power on the 
wholesale market. We buy 300 to 400 megawatts ofpower on the wholesale 
market. So, certainly from the perspective of the economics to our 
customers, it's critical. 

vVhen you -look at New England -generally, and we are operating as a single 
region, . the recession has resulted in less electric load now than we had 
earlier. So, I mean, the recession is having a very large impact on everyone. 
So right now, and I think Senator Janeway, you know, said that prices are 
low. Prices have gone down, and as I said, I've seen many cycles of up and 
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_____ clown_._ I mean, iLy_ou want_to be_Lthe_farm on-the prices-toda.J.,- I cel'-tainly-­
woulcln't. But, you know, so prices are low now, which is good. It's kind of 
an offset to the recession. But no one expects that to hold. And so there's 
enough power in New England. There's enough power in New England. I 
should say it this way, on paper, there's enough generating capacity to serve 
the load. And there isn't any real load growth happening in New England 
right now. 

But that doesn't mean, that doesn't mean that's economic for customers, it 
doesn't mean that at all. And it doesn't mean that that power is available all 
the time. We've had two times in the last, I think, three years where there's 
been a shortage of gas supply, and what happens when there's a shortage of · 
gas supply, is several of the gas plants in New England can't run and I think 
the mention of our turbines, our combustion turbines running is kind of the 
result, sometimes the result of plants just not being able to start up . 
Sometimes it's just the result of plants just not being able to run. And that's 
what happened. You know, there's destruction in the gas supply and we 
were called on to run anything and everything we could so New England 
would have enough power, and that doesn't happen often, but it can happen. 
And so, in our business, that's why I say, it is so important to have fuel 
diversity, it's so important to have flexibility, and that's one of the things that 
Merrimack Station does for us. 

Senator Martha Fuller Clark. D. 24: Thank you very much. Senator 
Carson. 

Senator Sharon M. Carson, D. 14: . Thank you, Madam Chair. And thank 
you for your testimony this morning, Mr. Long. 

J'v:Ir . Long-: Thank you, Senator. 
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Senator Sharon M. Carson. D. 14: I pulled some of the testimony fr01n the 
original bill that established the scrubber project, and I discovered that not 
only are we looking to reduce mercu.)'.'y emissions, but we're also looking to 
reduce the sulfur dioxide emissions . And that is really substantiated in the 
program that you provided us with this morning. One of the things that I 
did not know was that we were paying for these sulfur dioxide credits., -Are 
we still paying for those? 

Mr. Long: Yes. vVe, as an emitter of sulfur dioxide, we have, there's a cap 
and trade system, you know, much like what people talk about for C02

• Not 
the same design but the concept. And it's been in existence for a number of 
years and it's been proven to work very well, about reducing sulfur. " And so, 
you know, it wasn't required by law to reduce , sulfur, you know, that mercury 
law. It was really focused on mercury, as others .have said. But at that 
time, we did a two-fer, those were the kind of words used back then. vVe get 
to have two major reductions with one piece of equipment, because these flu 
gases, desulfurization are mainly for the purpose of reducing sulfur: So we 
got a huge reduction in sulfur, which means w.e, avoid having to buy sulfur 
credits on the market, on the cap and trade market. So that produces 
economic value, it's an offset to the cost. Not an entire offset, but it helps 
offset the cost and so, yeah, it's a very good thing for us. And it helps us look 
at different sources of coal, because if the coal has a little more sulfur in it 
than the coal we'd normally buy, but we now have a way of getting rid of the 
sulfur with this device, which means we're open up to more markets, and 
that affects rail in a positive way as well as cost. 

Senator Martha Fuller Clark D. 24: INAUDIBLE . 

Senator Sharon M. Carson. D. 14: Thank you, Madam Chair. So if you 
were to give us some sort of an estimate, what do you think would be the cost 
benefit to the ratepayer? 

Mr. Long: I guess I'd like to do that as a follow-up, because I'm not an expert 
and I know that two years from now, someone will say, gee, Gary, you said 
sulfur credits were this, and the market changed and the facts. So, you 
know, again, it would be an estimate based on today's costs and I think one of 
our staff can certainly provide that for you, Senator. 

Senator Martha Fuller Clark D. 24: Senator Odell. 

Senator Bob Odell. D. 8: Thank you, Madam Chair. A couple, Mr. Long, 
thank you for your testimony. A couple of times this morning you have 
mentioned that there's a cost for this study of a $1 million or $2 million. 
Who would be the payer of that? 
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Mr. Long: You know, Senator Odell, I didn't mean to imply that this would 
cost that much. We're not advocating any study, so it costs zero if you ask 
me. But I'm just saying, I have seen studies where you can pay consultants 
$1 million to do a study, and I personally would not use the results of that 
study because of speculation. And if you spent $100,000, $200,000, $1 
million, my point being that money will not buy you an answer. That no 
matter how much you spend, you can look at what you think is the world's 
renowned expert, you-know, but they -can't tell you what an oil price is going 
to be three years from now) four yeaTs from now. There are some markets 
that you can buy and sell one or two years ahead. You can't buy five, six, ten 
years ahead. Nobody's foolish enough to believe that they can forecast. 

Senator Martha Fuller Clark. D. 24: Follow-u:g_._. _:_· ____________ _ 

Senator Bob Odell, D. 8: Mr. Long, my question was, if it costs a dollar or it 
costs a $1 million to do this study, who ultimately pays for the study? 

Mr. Long: I don't know. I guess that would be for you to decide, but if you 
vote the bill down, you don't have to decide. But you know, it's, I would 
think that it would be a bad use of money from customers, so I certainly hope 
our customers don't have to pay for it. 

Senator Martha Fuller Clark. D. 24: INAUDIBLE 

Senator Bob OdelL D. 8: . Thank you, Madam Chair. I understand correctly 
and some of the concern is that you've had 33 years of experience, you must 
have had projects like this in the past, and I know you mentioned the Shiller 
Boiler, where you are asked, you are legislatively told to go ahead with the 
project or you initiate a project. You spend the money and then the Public 
Utilities Commission looks at that and says, yes, this cost is in, that cost is 
out. In other words, the Legislature has ennobled (sic) the Public Utilities 
Commission to fulfill that role. Is that a normal standard, that lookback, in 
terms of what will go into the rate base? 

l\1r. Long: It is the normal standard for the Public Utilities Commission to 
review our actions and our decisions, and it's done in hindsight. So it 
certainly presents business risk, as you might have a difference of opinion. 
Vle might think we made a good decision, somebody else might think we 
made a bad decision. But I think the Commission has found over and over 
again that we're making good decisions. But yes, that's normal course. And 
that's okay, we're totally prepared for that and we're totally used to that. 
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What is difficult for us because, you know, we're really, whatever we do 
affects customers. You know, we're a regulated company, we don't get 
market prices. We don't get the profits that a nuclear plant gets when the 
market prices go up, you know, or any other plant if it's not regulated. So we 
have to be very careful. First of all, because we have that scrutiny. Second 
of all, you know, it affects customers. Sci we're basically very conservative. 
We think we're very innovative when it comes to things like wood burning or 
like cocoa bean shell burning or, you know, renewable power. But financially 
we have to be very, very conservative and we have to be very sure of what 
we're doing, because if we're reckless or if we're making bad decisions, it'll 
hurt, it'll come back on us .' 

Senator Martha Fuller Clark. D. 24: Thank you very much. 

Unknown: . My name's Lynn INAUDIBLE and INAUDIBLE for PSNH . 
. And this question was asked of us awhile ago because I think INAUDIBLE 
question, whether or not INAUDIBLE. 

Senator Martha Fuller Clark, D. 24: Could you just wait one minute. We'll 
be able to get your answer, but it won't INAUDIBLE. 

Mr. Long: I must"havesaid something that my staff disagrees with me, so 
no. 

Senator Martha Fuller Clark. D. 24: INAUDIBLE. What I would like to 
do now . INAUDIBLE to come forward, will not be able to INAUDIBLE this 
afternoon. It is my intention to break the morning session at noon and 
reconvene at 12:30. At that time, I will ask the representative INAUDIBLE 
to come forward. Is that? 

Mr. Long: Thank you very much, Senator. That's perfectly acceptable, just 
as long as you get the information, I think you'll find it useful. 

Senator Martha Fuller Clark. D. 24: INAUDIBLE, so wait before the public 
can INAUDIBLE, we'll hear from Senator D'Allesandro. INAUDIBLE if you 
could line up, I will call on you. 

Senator Lou D'Allesandro. D. 20: Thank you, Madam Chairman, and 
distinguished members of the Committee. For the record, my name is 
Senator Lou D'Allesandro, I represent District 20. That's Manchester, 
'Nards 3, 4, 10, ll and the Town of Goffstown. 

I come before you in opposition to Senate Bill 152. I'll be extremely brief. 
We as the Legislature mandated that PSNH do this. We told them to do this 
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because we were all concerned about the health and welfare of our children. 
\Ve were concerned about the health and welfare of the communities that we 
represent. We went through an exhausting situation in the Senate. We 
said do this! So we have given the mandate to do it. It seems to me we 
ought to follow through. When costs are accumulated, you can look at costs. 
The Public Utilities Commission has that responsibility, but to do anything in 
any way to mitigate this project, I think is against the public interest. I 
want to very brief, because we've got a lot of people to hear. But again, we 
championed this cause ~ in the Senate -in order to-protect~- the public:- I 
champion the cause of letting it go forward. We've got a lot of men and 
women who need employment. The employment is there. The job needs to 
be done. We can look at the costs as they come before PUC if there are any 
problems after it's done. But it's good public policy to carry through with 
items that we have mandated thaLpe~o_ple_do __ Thank_you-Ver-Y m.uch,-Maodam -­
Chairman. 

Senator Martha Fuller Clark D. 24: Thank you, Senator D'Allesandro. 
i\.re there questions from the Senators? Seeing none, I'd like to call 
INAUDIBLE. If you could introduce yourself as you come forward. 

Edward Folev: Good morning, Madam Chairman, and good morning 
honorable members of the Committee. My name is Ed Foley and I'm 
President of the New Hampshire State Building and Construction Trade 
Council. And I'm here today to speak on behalf of my members, who I would 
like to ask to stand up, who are here . And in the essence of saving time, they 
will not speak, but they have all signed in the sheet opposed to this bill and 
we are opposed to the amendment as well. Thank you, brothers and sisters. 

Madam Chairman, good morning, and thank you for allowing me to speak. I 
am writing on behalf of the New Hampshire and Construction Trade Council 
in regard to the clean air scrubber project at Public Service Company of New 
Hampshire's coal fired Merrimack Station in Bow. While my comments 
pertain to an important, :rriy comments may be lengthy but they pertain to an 
important public policy matter. I will read it in its entirety. 

The New Hampshire Building Trades represents more than 5,000 highly 
skilled New Hampshire workers, from 19 union locals encompassing all 
skilled crafts. . We also represent their family members, their wives, their 
children, their mothers, their fathers, their grandparents and all their 
relatives. As you may know, in 2006, the New Hampshire Legislature 
passed and the Governor signed into law House Bill 1673, which represents, 
which requires the complete installation, no later than July 1, 2013, of 
scrubber technology, wet flu gas desulfurization technology at the Merrimack 
Station power plant in order to achieve at least an 80 percent reduction in the 
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Station power plant in order to achieve at least an 80percent reduction in the 
plant's mercury emissions. In so doing, the Legislature found that it is in the 
public interest to achieve significant reductions in mercury emissions at 
Merrimack Station as soon as possible. And that scrubber technology 
achieve significant emissions reduction benefits including, but not limited to, 
cost effective reductions in sulfur dioxide, sulfur trioxide, small particulate 
matter and improved visibility, otherwise known as regional haze. 

Currently, workers from New Hampshire building trades unions have 
already begun site preparation work for the scrubber installation, and skilled 
New Hampshire workers are slated to begin the major installation work by 
March 2009 in order to complete this environmentally essential project on 
time . Unfortunately, there is now a move legislatively and via-litigation to 
delay this project, so its costs can be studied and to determine if New 
Hampshire would be better off replacing this coal fired electrical generation 
facility with non-coal sources . We certainly understand the concerns 
articulated by various parties C!-bout moving New. Hampshire _toward 
alternative sustainable and non-fossil fuel energy sources -as rapidly as 
feasible. In fact , our affiliated unions are actively engaged in further 
enhancing our existing construction expertise related to solar and wind 
power, turbine retrofits, energy efficiency and other sustainable renewable 
energy sources. Therefore, we have both the interest in and capacity for 
being a key part of New Hampshire's transition to a greener energy mix. 

However, we are deeply troubled that the current conversation about 
Merrimack Station clean air scrubber appears to be framed as an either/or 
proposition, when what we really need is to be focusing on is both/and. In 
other words, the Legislature must keep this two year old commitment to - . 

every New Hampshire citizen impacted by the emissions from the Bow coal 
fired plant that a clean air scrubber will be installed without delay. At the 
same time, all stakeholders . concerned about our state's energy generation 
and utilization must come together to forge a common vision for a realistic 
transition plan and time frame for moving New Hampshire substantially 
forward in terms of planning, siting, permitting, financing and building 
alternative energy power sources . 

Further, these sources must have a generation capacity of such a magnitude 
that they can truly meet New Hampshire's electrical energy needs. The New 
Hampshire Building Trades ·Council is ready and willing to be an active 
partner in this planning and building process. It is critical to keep in mind, 
though, that we are not talking about months · in regard to such transition, 
planning and execution. We are talking about years. The nationally 
regarded, the nationally regarded University of Southern California Energy 
Institute, which is dedicated to helping communities transform to 
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environmentally sound energy choices, perhaps said it best when it noted 
that any significant shift to alternative fuels will take years or decades. And 
I can tell you from my 38 years experience in the building trades, it will no 
doubt be decades to accomplish. In the interim, it is essential that 
conventional fuel·s be used more efficiently and their environmental 
consequences mitigated. Sounds like the scrubber project 

Here are the facts that we hope you'll keep in mind as the policy discussion 
takes place regarding -the installation of clean -air scrubber technology at 
Merrimack Station. The estimated $250 million installation costs from 2006 
was i·evised two years later to $457 million. The cost increase was attributed 
primarily to raw materials and materials transportation cost increases. As 
every home and commercial builder knows, costs for materials have increased 
exponentially in the past years. Now that we are seeing a downw.ar_d_shifLin.---

----gasoline prices, we expect that materials transportation costs may level or 
moderate, for the short term only, and we certainly hope the scrubber project 
can take advantage of that price leveling by beginning quickly. 

Currently, PSNH's lVIerrimack Station supplies New Hampshire businesses 
and households with 433 megawatts of power, base load, approximately 35 
percent of PSNH's electricity generation portfolio. Some would have you 
believe that New Hampshire can shut the door on coal after a several month 
study period, and somehow construct alternative facilities to produce 433 
megawatts of cheap, clean and reliable replacement power in a matter of 
months. If this were so, we'd be ready to build those alternative plants 
today. 

But we urge you to keep this policy discussion in the realm of the realistic. 
The reality is that, even if New Hampshire policy makers and community 
partners were to start electricalgeneration capacity, further there is also the 
issue of transmission line capacity. We see great potential for · developing 
exciting alternative energy facilities in New Hampshire's north country -
from biomass to wind farms and more. But currently we lack the 
transmission capacity to get the resulting energy from New Hampshire's 
north to the bulk ofthe electrical users who are in New Hampshire's south. 
We should make enhanced transmission capacity_ a priority for any energy 
related federal economic stimulus funding received by New Hampshire, at 
the · same time we are moving ahead and cleaning New · Hampshire's air 
through construction of the Merrimack Station's scrubber. 

Some have suggested that PSNH be directed to shutter or dismantle the 
current coal fired facilities in Bow, and immediately build on the same site a 
400 megawatt combined cycle natural gas facility. Not only is this not 
realistic as a near term solution, but one has to ask why it makes any sense 
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whatsoever to tear down one transmission fossil fuel facility in order to build 
another transmission fossil fuel facility. Further, has any sound, impartial 
analysis been undertaken about the practicality or desirability of such a 
switch? Assuming it's even realistic in terms of energy planning and 
economics, the consumer interest in the optical energy mix for New 
Hampshire's long term future. 

Some would like to shut the door on coal, some who would like to shut the 
door on coal have estimated that $457 million is not the real cost of the 
scrubber project, and that rather, it could actually cost more than $2 billion. 
These projections are · completely speculative and full of what ifs. Also, this 
speculation about dramatic cost increases · includes projections · about 
regulatory changes that will impact the entire electrical generation 
landscape, not just Merrimack Station. Further, we believe this conjecture 
was done with no knowledge of existing project contractual agreements that, 
in fact, are structured with the goal of ensuring a~ on time, on budget project . . 
However, if not allowed to begin on time, this project's costs will go up 
substantially. It is well known that construction delays increase construction 
costs. This is an economic reality for any current construction project, 
whether it is a house, a state office building, a highway bridge, a public 
school, a county jail or power plants. 

Some are saying that they simply want to delay the beginning of the scrubber 
construction for a very short period so its cost benefit can be further studied. 
vVhat might be the possible outcomes of just a few months of study? Let's 
say that in two months of study, the studiers say we shouldn't spend $457 
million on scrubbers because coal is so yesterday and not tomorrow. vVhat, 
and other New Hampshire citizens, what then? Do we not install the 
scrubbers? Then what do we tell all those who live in or near Bow and other 
New Hampshire citizens who are impacted by the existing mercury 
emissions? Do we tell them, never mind, we're breaching the commitment 
we made to you two and a half years ago? Do we tell them, just keep 
breathing the unscrubbed mercury emissions? Or do we padlock the doors to 
Merrimack Station? And if we do, where will the replacement electricity for 
southern New Hampshire users come from? . How will it get to their homes 
and businesses? How much will it cost? And realistically, how long will it 
take to plan and build these new facilities that will replace Merrimack 
Station's 433 megawatts? And what do we tell the several hundred New 
Hampshire workers who are now trained and poised to begin installation of 
the scrubbers and to pump the resulting good wages into the New Hampshire 
economy? 

This letter is not intended to take a position on the use of coal as a power 
source of tomorrow. Rather, it is meant to promote a realistic policy 
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discussion for today. Like it or not, we already generate a substantial 
portion of New Hampshire's electricity from coal. This is a reality. It is also 
a reality that the Legislature has already studied the need for clean air 
scrubbers at J\!Ierrimack Station, and has delivered an unambiguous mandate 
that it is in the public interest for the scrubbers to be installed. It is a 
further reality that hundreds of New Hampshire workers expect to begin this 
project in a matter of weeks, and as I mentioned earlier, we already have 70 
workers on that site, which has already generated 12,500 hours up to today. 

The men and women of New Hampshire Building Trades Council implore you 
to not get confused into thinking you have to choose between the Merrimack 
Station scrubber project and moving toward a non-coal future if that 
ultimately is an energy policy objective for New Hampshire. This is not an 
either/or conversation. Let's get started on scrubbing__the Merrimack S_tation ___ -----t 

-- emissions today and let's also move aggressively today to plan for whatever is 
deemed to be the- most desirable energy mix for New Hampshire for the 
decades to come. 

The members of the New Hampshire Building Trades thank you for your 
attention to this matter, and I just wanted to give you some projected costs on 
replacing that power. We have estimates that to replace the power with 
wind will cost $3 billion, and to replace that power, 450 megawatts, with 
wood will be $1.5 billion. 

Our members and their families are here today because they care about the 
health of their families and they care about the health of their children. This 
project is a great thing for New Hampshire. It's going to clean the air, it's 
going to clean the waters and streams. We'll be able to eat the fish more 
than once a week. This project also generates jobs for my members, good 
jobs, good paying jobs with wages and benefits. It also will train people for a 
skilled work force for New Hampshire's tomorrow. We here ask you today to 
please vote this bill ITL and support the scrubber project. Thank you. 

Please see Attachment #3, Edward Foley's testimony. 

Senator Martha Fuller Clark, D. 24: Thank you very much, Mr. Foley. No 
clapping please. We appreciate your enthusiasm but we dci have decorum to 
maintain. Are there questions from the members of the Committee? Seeing 
none, I would like to call upon the next speaker . 

Jameson French: Thank you. Thanks, Senator Clark. I'm Jameson French 
from Portsmouth, New Hampshire . Appreciate being able to speak early 
because I have to catch a flight. I'm President of Northern Forest Products 
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in Kingston, New Hampshire, and my family's been in the hardwood lumber 
. industry and forest products industry in New England for the last 125 years. 

vVe still employ 30 people in New Hampshire. I say still because we're part 
of a severely challenged industry. In fact, hearing these comments about 
prices going up or staying stable, in the wood business we're looking at 30, 
40, 20, 30, 40 percent price decreases in most of the products. Most of the 
sawmills and the producers across the state are shut or laid off shifts. We 
are a severely challenged industry. We've also faced for many years in New 
England excessive, very uncompetitive power costs in relation to Quebec, our 
competitors across the border in Quebec, and also our competitors in West 
Virginia, Pennsylvania and other parts of the state. 

I also should say I'm a member of the Governor's Climate Change Policy Task 
Force, and I'm also chairman of the Hardwood Federation in Washington, 
D.C~, which represents about 14,000 hardwood related companies across the 
United States. Until probably, at least last year, we had over a million 
families represented in the hardwood industry. I also might add that I have 
remained a registered Republican, primarily because of my fiscal 
conservative roots. 

I also want to add that I have huge personal respect for Gary Long and feel 
that PSNH has been a very good corporate citizen of our state. I would not 
be here today if this project was on buclget. I strongly supported the $200 to 
$257 million scrubber to reduce mercury ancl S02 if it was crafted out. But 
as a representative of an industry that can't afford ·any cost increases, I'm 
deeply concerned on the impact of this open-ended project. I'm floored., quite 
honestly, that in this deep recession the price for this project has not gone 
done, instead of nearly doubling. All the raw material costs involved., from 
concrete to steel to lumber, copper, have dropped substantially, 20, 30 
percent in many cases. I don't understand why PSNH isn't able to establish a 
fixed price. and why the costs are so high~ In these very, very troubled. times, 
it seems only fair ancl appropriate that the ratepayers of the state should 
know what the costs will be and why it has gone up so much. 

It's mind boggling that this Legislature can have huge battles over $3 and $4 
million funding for LCHIP, or drug ancl alcohol prevention funds, and doesn't 
seem to be very worried about a potential 2 or 300 hundred. million 
expencliture that we the ratepayers, the taxpayers, will be paying for. It 
seems very appropriate that the study that SB 152 calls for be done and done 
soon. We ratepayers need to know what the impact of this project will be on 
our future energy costs. \Ve all know that Merrimack Station is there for the 
immediate future. But in the long term picture of energy generation in New 
Hampshire, is a $400 or $500 million, or more, investment the right thing for 
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the state and for our ratepayers? vVe all need more information to make the 
decision. 

Thank you very much. 

Senator Martha Fuller Clark, D. 24: Thank you very much, Mr. French. 
Are there questions from the Committee for Mr. Fren·ch? Thank you. 

Mr. French: Thanks. -

Cameron Wake: Good morning, Madam Chairm,an, and thank you for the 
opportunity to speak today. My name's Cameron vVake, I'm a research 
associate professor at the University of New Hampshire. Also the Director of 
Carbon Solutions New England, and also a member of the Gove .. rnor's_Cllmate- - -~ 
Cliange Policy Task Force. I'm here today to support, to speak in support of 
Senate Bill 152, in support of research and analysis that informs decision 
making. 

I'd like to begin and focus most of my comments today on the issue of 
uncertainty. The focus of my research is the earth's climate system. While 
our understanding of the earth's climate has improved significantly over the 
past three decades, there remains considerable uncertainty in our 
understanding of the earth's response to recent rises in greenhouse gases in 
the atmosphere. Over the last five years, the scientific community has been 
surprised and dare I say, in some cases, shocked at how our climate system is 
changing far more rapidly than we predicted even five years ago. This is 
especially true for the precipitous reduction in the extent of our sea ice during 
the summer of 2007, over a 25 percent reduction compared to previous year. 
Why is . this important? Because as more sea ice disappears, more of the 
solar radiation that used to be reflected back into space by the white sea ice is 
instead absorbed by the dark surface of the ocean, resulting in more warming 
of the surface and more sea ice lost, a vicious circle which we call a positive 
feedback loop. 

In addition to the disappearance of artie sea ice, scientists have tracked a 
dramatic increase in the melting of the Greenland ice sheet and subsequent 
doubling in the velocity of large ice streams draining the ice sheet. Our 
recent paper in Science magazine provides a sobering analysis. The good 
news? If melting of Greenland ice sheet continues to increase at rates we've 
measured over the past decade, it is unlikely that sea level will rise by more 
than seven feet by the end of the century. The bad news? Sea level might 
rise by seven feet over the course of the next century. 
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While scientists can provide society with broad outlines, we are unable to 
pinpoint exactly how our client system will change over the next century, for 
a whole variety of reasons. The largest uncertainty in our future climate is 
that the climate that our children and grandchildren will inherit is the 
amount of heat trapping gases that are emitted from human activities. 
Despite these uncertainties, we know for certain that we can reduce the 
magnitude of future climate change by reducing our emissions of ·heat 
trapping gases. We also know that the only way to avoid catastrophic 
climate change is to begin right av"Vay to reduce these gases. Any margin of 
error we had for leeway of acting has disappeared in the last 20 years of 
inaction. 

Alright, so why the science and why the uncertainty? I firmly believe that 
informed policy decisions require the best possible information. Detailed 
research and analysis can and should serve to reduce the level of uncertainty 
regarding the impact of any policy decision. I believe that the analysis that 
we did at the University of New Hampshire for the New Hampshire Climate 
Change Policy Task Force on both carbon emissions and the.economic impact 
of a broad range of actions in transportation and land use, residential and 
commercial and industrial buildings, energy generation and use, and 
agriculture, forest, ??? (2:20:45) waste, provided decision relevant information 
to the Task Force to make infoimed decisions. The results are striking. 
Investment in energy efficiency and renewable technologies has a significant 
positive economic· impact for the state. You'll be hearing more about that 
when the Governor releases the report on March 25th. 

I believe the same issue is true for the question raised in Senate Bill 152. Is 
the estimated cost of $457 million to install the mercury scrubber at 
Merrimack Station in the best interests of the State of New Hampshire and 
in the ratepayers? Much has in fact changed since 2006. Not only the 
estimated cost of the project or the reduction in our fixed sea ice. It is also 
clear that the Obama Administration and Democratically controlled 
Congress, we are headed for a nation constrained by carbon, likely through 
the passage of some form of cap and trade bill, in the not too distant future. 

It makes perfect sense to me that we'd take this opportunity, given changes 
that have occurred and that are likely to occur in the near future, combined 
with the relatively long payback period of the scrubber project, to investigate 
the costs of future electricity generated by Merrimack Station in a carbon 
constrained world and the cost of developing alternative sources of energy 
and the costs of carbon capture and sequestration. Informed policy requires 
the best possible analysis and while this analysis certainly won't remove all 
of the uncertainty, it will provide important decision relevant information 
upon which informed policy is based. 
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Thank you. 

Senator Martha Fuller Clark, D. 24: Thank you very much, Mr. Wake. Are 
there questions for Mr. Wake? Thank you. 

Sarah McGraw: Hi, my name is Sarah McGraw and I'm a freshman at the 
University of New Hampshire. I've been lucky to grow up living in a clean 
environment, as a kid playing in the woods and streams, and hiking in the 
beautiful mountains of New Hampshire. Some are not so lucky, though, 
because the mountains and valleys of Appalachia have been ravaged by 
mountain _ top removal in the search for more coal, while mountains are 
destroyed because of the coal we burn here in New Hampshire. Just because 
I don't live where coal is mined,_d_o_esQ_t_m_aan_we're_no_Laffeded.- As- you---------t 
know, a large percent-of New Hampshire's emissions, along with the endless 
amounts of pollutants into our woods and streams, come from the power 
plant. 

The economy is not going to drastically change any time soon. So think about 
jobs for the future . Let's train our workers to be skilled in long term jobs. 
vVe can save our mountains, our air and our environment ifwe start to invest 
now. I'm an environmental conservation major and I hope to have a job 
coming out of college to pay for my increasing debt. If we continue to only 
look at short term solutions of the energy crisis, specifically coal plants, then 
there will not be good paying jobs for millions, which is not that far into the 
future. I am very hopeful that the U .S. and New Hampshire can be a leader 
in renewable energy. But the only way to move ahead is if we do not hesitate 
to spend our money on renewable energy. The sun, the wind and water is a 
constant renewable, re-useable resource. Haven't we waited long enough? 
How much longer can you afford to rely on a dying energy resource? How 
many thousands of jobs will be lost in the future and what kind of future will 
my children have if we don't look at real energy solutions now? And that is 
why I support House Billl52. Thank you. 

Senator Martha Fuller Clark D. 24: Thank you very much. It's come to 
my attention that Representative Pepino is here. If you could come forward 
at this time in order to speak, we'd appreciate that. 

Representative Leo Pepino: Thank you, Madam Chairman. 

Senator Martha Fuller Clark. D. 24: You're most welcome. 

Representative Pepino: I'll make it very short. I worked at Unit 1 in Bow, I 
worked at Unit 2 in Bow. Unit 3, well the scrubber's, I'll call it Unit 3 for 
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now. You've been talking about it for two years. Since then, the price has 
doubled. ·when we had Seabrook, you talked about that for I don't know 
how many years. The price of that tripled. So let's pass this, get these guys 
back to work. If I was one of them, I'd be working. Get these guys back to 
work and that's all I have to say. Let's get things moving. Thank you . . 

Senator Martha Fuller Clark. D. 24: Thankyou very much. Are there any 
questions? 

Claire Sebilla: Hi, my name's Claire Sebilla and I'm a sophomore at the 
. University of New Hampshire . . I thank you for the opportunity to speak here 
today. 

I'm here because I'm deeply concerned about our energy future of our world 
and our nation, but really, most importantly, the future of New Hampshire. 
I will, hopefully, be on this planet for many more years. · And we cannot 
afford to only see the short term effects of this bill. I've always had a hard 
time adjusting to change. Most of us do. But because of the urgency of our 
current situation with regards to the economy and the predicted effects of 
climate change, we must put convenience on the back burner. 

On my way to Concord this morning, I heard on the radio that New 
Hampshire will receive tens of millions of · dollars from the · federal 
government for weatherization and energy efficiency programs. This is great 
that the new administration recognizes the need to address our energy needs 
and how we use energy. One of the concerns raised this morningwas that 
renewables like solar and wind are intermittent or unreliable. But that's 
simply not true. The problem lies with coal and other fossil fuels, because 
they're not renewables. These are the energy sources that are unreliable, 
because they come from finite resoutces. Eventually, we'll be forced to adjust 
our_ energy usage, so why not look ahead and act now? By passing this bill, 
New Hampshire can take a step in the difficult but necessary journey 
towards a clean economy, one that employs New Hampshire workers creating 
renewable energy. My future depends on it and our future depends on it. 
Thank you. 

Senator 1\1artha Fuller Clark D. 24: 
any questions for Claire? 

Thank you so very much. Are there 

Abbv Gromberg: Hi, my name is Abby Gromberg. I'm a freshman at the 
University of New Hampshire and I'm outnumbered today, saying that I hope 
that the bill passes and ultimately closes down the power plant. I feel that 
the scrubber is a short term solution and I'm here today as a voice and as a 

' -· 



51 

face of future generations, looking for steps such as closing down the power 
plant, that will be that long term solution. Thank you. 

Senator Martha Fuller Clark. D. 24: 
questions? 

Thank you very much. Any 

Zo Tobev: Hello, thank you for the chance to speak. My name is Zo, Zo 
Tobey. I grew up in Nashua. I moved to Lyndeborough with my folks. 
Now I'mJiving in Keene, so I've gotten to see quite a few parts of our state . 
And I have the distinct privilege of working as the northeast organizer for the 
Sierra Student Coalition. · And from my job, this is really cool, my job is to 
coach and mentor young people throughout the northeast who are organizing 
to save our climate , save our economy and to save our future. So I have a 
great job. 

And I am in support of this bill. To me, the choice that we face is actually an 
either/or, and I'm a pretty nuanced guy. I see the world in grays, not in 
blacks and whites . But there is a choice ahead of us with this bill, and that 
is to spend more on a dying fossil fuel economy or to invest in a growing green 
economy that can lift the middle class back up into prosperity, and lift those 
in poverty out of it . I just want to say to everybody here wearing a green 
shirt: I respect you and I honor you so much for all of your contributions to 
my future and my now. And I respect and honor you so much for being a 
part of this public process . And to Senator Odell, for your commitment to 
our health, the health of women of child bearing age and the children, I want 
to really respect and honor that. And we are in very uncertain times here 
together and it seems sometimes like we're on separate sides. And I don't 
think that is the case. 

First off, I just want to say, I understand there's nothing more fundamental 
than a job . My dad, he grew up poor, in Israel. When he came to the 
country, the United States? he didn't even speak English. He found out that 
he and my mother, who had just gotten married, were pregnant, and so 
without any options really available, he started painting houses. And that's 
what he's done for my entire life, growing up . And I remember him coming 
home at 6, 7, 8, 9 and the smell of sweat and paint. And during the recession 
in the early '90s , I remember he had to work three jobs, driving a taxi, 
painting houses and delivering pizza. I thought it was cool that he delivered 
pizza, because he came home and brought the green pepper and onion for us 
that was left over. But I saw how hard he worked, because he believed 
fundamentally that every generation owes a debt to the ones coming next. 
And that every generation coming' next has the right to a better world than 
the one that came before. My generation, we're a special bunch. We're the 
most tolerant, diverse, thoughtful, informed, connected generation in history. 
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\Ne're also the biggest and most politically powerful generation in modern 
history. iilld we voted in record numbers in 2008. Through the Power Vote 
campaign to get young people to pledge to vote and to vote for clean and just 
energy sources, and not just for a party or a candidate. vVe got 350,000 
people across the country, young people, to pledge to vote for clean energy. 
And we voted in record numbers, and that's because we know that our future 
is slipping away right now. 

Every year, there's less and less that we have to rely ·on. My friends are 
struggling to pay the rent, my friends who went to school are struggling to 
pay for their tuition bills 

Senator Martha Fuller Clark. D. 24: Excuse me, but ... 

Mr. Tobev: Yes? 

Senator Martha Fuller Clark. D. 24: 
along . . 

it would help if you could move · 

Mr. Tobev: Yes, sorry. And in the back of our minds, we are thinking about 
the climate crisis . We saw what happened on TV with Hunicane Katrina. 
We know that that can happen more and more if we don't take drastic steps 
right now and we're here because we know we can do better. We can create 
good paying jobs in biomass and solar and wind, and energy efficiency in 
insulating homes. We know we can do it and it's going to take a lot of hard 
work and it's good work that needs to be done. But we're going to need every 
penny to make it happen. So every penny, every dime, every dollar, every 
million dollars that goes towards perpetuating the dirty energy economy of 
the past, that's one penny less, one dollar less, one million dollars less that 
we can move forward, and we don't have that time to afford. 

Senator Martha Fuller Clark. D. 24: Thank you very much. 

Mr. Tobev: Thank you for having me. And I just also want to say, I didn't 
think that there was hope at one point, when I was in high school. And it 
was the General Court of New Hampshire that changed my mind, because 
Representative Hal Melker talked to me and for those of you who know him, 
he was 80 years old and a real Renaissance man, and he asked me if I would 
go to the woods like Thoreau did, and I said, yeah, definitely. And he said no 
way, you're going to have to look at your grand kids in the eye every day. 

Senator Martha Fuller Clark D. 24: We very much appreciate this 
discussion, we appreciate the recognition of Representative Melker, but we do 
need to move on. Thank you. 
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Senator Martha Fuller Clark. D. 24: We have about 10 minutes left before 
recessing for lunch, so I've done my best, but I would hope that you will do 
your best to be quick too. Thank you. 

Donald K.isharski: Madam Chair, New Hampshire Senators. I appreciate 
the opportunity to speak here today. My name is Donald Kisharski, I'm an 
instrumentation control technician at PSNH's Merrimack generating station. 
I live in Hooksett, New Hampshire, and niy wife Alice and I have s1x 
children. 

I'm here today because I'm very concerned about Senate Bill 152 and the 
effect it may have on my livelihood. I believe this bill threatens my job and 
the support that it provides for my family. The cost of raising a family in 
New Hampshire from food to college education is increasing_,a""-t~a~dr=..!a~m~a""'tl,_..·c'---------r 

----r -at-.--e-.- ·v or ing families like mine find it harder and harder to make ends . 
meet. We try to scrimp and save all we can, but without a good paying job, it 
would be nearly impossible. It has aheady been determined that this clean 
air project at Merrimack Station is in the best interests of retail customers 
and the citizens of New Hampshire. The clean air benefits will be significant 
and the costs will be minimal to our customers, one to two dollars per month. 

If you postpone this project, it will lead to higher costs, or worse, closure of 
our most economical and reliable source of power. Many working families 
such as mine will suffer if this project does not go forward. Our economy is 
in its worst recession in decades and it will be even more difficult for workers 
to find a good job if this project is halted. Our fragile economy and the 
r,.ve llbeing of many New Hampshire working families depends on this clean 
air project. Our future is at stake, so please vote on SB 152. And thank you 
for your consideration for the working families of New Hampshire. 

Senator Martha Fuller Clark. D. 24: Thank you very much. Any questions 
from the Committee? 

Daniel O'Neil: Good morning, Madam Chair. 

Senator Martha Fuller Clark. D. 24: Good morning. Very nice to see you. 

Mr. O'Neil: For the record, my name is Daniel O'Neil, I serve as an 
Alderman in the City of Manchester. I'm a ratepayer of PSNH and had the 
honor of serving in the New Hampshire State Senate, representing District 
18. I'm here in opposition to Senate Bill 152. 

Energy costs remain a major concern for most municipalities throughout the 
state, and any changes in policy that result in increased energy costs has a 
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Energy costs remain a major concern for most municipalities throughout the 
state, and any changes in policy that result in increased energy costs has a 
direct impact on taxpayers and municipalities' ability to provide critical 
services to residents. Taxpayers, taxpayer money paying for electricity is not 
going to go to healthcare or other social services. :' As you may know, 
Merrimack Station procluces electricity at costs · below ope:ri market prices. 
This means that this facility puts downward pressure on PSNH's customers' 
electric bills. Enacting public policy that establishes a path that would lead 
Merrimack Station out of compliance with state emission laws and could 
result in a shutdown of the plant would mean higher electric costs for all 
PSNH customers. The City of Manchester, our residents and businesses 
together pay approximately $122 million for electricity. If PSNH was forced 
to replace power produced by Merrimack Station on the open market, it could 
cost the . City and all Manchester ratepayers an additional $5.5 million per 
year. While I don't have numbers for other municipalities, this same concern 
applies for any municipalities in the PSNH service territory. Those include 
Nashua, Rochester, Portsmouth, Keene and others. 

Also, while it hasn't received much attention, initiating policies that could 
lead to the shutdown of Merrimack Station could negatively impact the 
future of lYianchester by eliminating the possibility of bringing passenger rail 
service to the City . . A lot of people have worked for years to move forward 
with this issue, but the fact is that all plans for passenger rail service depend, 
and I've heard Commissioner George Campbell talk about this many times, 
depend on active freight rail operations. Without freight trains carrying 
coal, lime and other materials to and from the Bow power plant, passenger 
rail service will not happen. 

Given our current economy, we also need to give consideration to the impact 
of this bill on jobs. Manchester, like the state, is seeing a downturn in 
revenues as a result of the reduction of economic activity and employment. 
Considering there are · current workers on site and more planning to start in 
the coming weeks, Merrimack Station's clean air project is truly shovel ready 
and your support of a bill that delays this project is the same as supporting 
the elimination of jobs. Truly the timing of this bill could not be worse. 

It's also important to understand PSNH is a fabric of my city, as a great 
corporate citizen, and any efforts to undermine them hurts us. PSNH owns 
85 properties in Manchester with an assessed value of $105 million, and pays 
the City of Manchester almost $1.6 million in property taxes. Additionally, 
New Hampshire DRA bills PSNH directly for the state education tax. Most 
importantly, the company has 322 employees who live and pay taxes in the 
City of Manchester, that's about, I think, a quarter of their workforce. The 
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scrubber project will also employ Manchester many, many Manchester 
residents, both in the construction trades and many of the indirect services 
needed to support the project. · 

As previously stated, I represented District 18 in the state Senate a few years 
ago. During my time in the Senate we made a lot of progress in the effort to 
reduce air emissions from power plants . People like then Governor Jeanne 
Shaheen, . Jeb Bradley, Carl Johnson, Terie Norelli and Sylvia Larsen all 
provided bi-partisan leadership to ensure that-we not only made progress to 
reduce emissions, but that we did it in a way that ensured stability and did 
not increase the costs of electricity for residents of the state. It would be 
unfortunate to see these important environmental gains delayed in a manner 
that could create greater risks for residents, businesses and municipalities in 
New Hampshire. 

Just a couple quick points. Senator Letourneau mentioned construction 
costs. The State of New Hampshire is not immune to that. I chaired a 
committee here at one time when the costs of I-93 was $370 million. It's now 
$700 million and there's many that believe it's going to be a billion dollar 
project by the time it's done. 

And finally, Madam Chair, you have on record a letter from Dave Preece, 
who's the Executive Director of the Southern New Hampshire Planning 
Commission, and his opposition to the bill, and Mr. Preece just asked me if I 
could just make sure the Committee did have that information. 

Please see Attachment #4, Daniel Foley's testimony. 

Senator Martha Fuller Clark. D. 24: We'll check to make sure that we have 
it, and we'll read it. 

Mr. O'Neil: I have copies of my comments. If the Committee wishes , I can 
give them to you. 

Sen a tor Martha Fuller Clark. D. 24: We appreciate that so much. 

Mr. O'Neil: Thank you. 

Senator lVIartha Fuller Clark. D. 24: Are there questions for Mr. O'Neil? 
Thank you very much. 

Mr. O'Neil: Thank you, Madam Chair. 
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Harold Judd: Thank you, Madam Chair, Senators. 
Judd, and I'm here to speak in opposition to this bill. 
unnecessary and I think it's ill conceived. 

My name is Harold 
I believe the bill is 

By way of background. I am a Selectman in the Town of Bow, I have been 
for seven years, I've lived in the town for 20 years. I'm well acquainted with 
PSNH. I began my career as the State of New Hampshire's Consumer 
Advocate after serving in Washington, the Department of Energy. I 
returned as a Senior Assistant Attorney General and lead counsel in the 
PSNH bankruptcy and the Coop bankruptcy. Presently, I am a principal in a 
consulting firm advising regulatory entities across the nation and utilities on 
a number of issues, including the siting of new generation. In the past year, 
strike that, in the past five years, my firm has evaluated over 60,000 
megawatts of new generation across this country. That's equivalent to 100 
Merrimack Stations and about over 50 Seabrook stations. Units we've 
evaluated have ranged from nuclear power to biomass, solar, wind, coal and 
gas fired plants. vVe do no work for PSNH. The onlywork we do in the 
State of New Hampshire right 11ow is for the State of New Hampshire 
regarding planning for the decommissioning of the Seabrook unit. 

I urge this Committee to find this bill inexpedient to legislate for the 
following reasons. First, the legislation is unnecessary. · The PUC will 
conduct a full audit and prudence review after construction is completed. 
This is standard procedure. I've been involved in a number of prudence 
reviews in the last 30 years. I've seen significant cost disallowances for 
waste, fraud, abuse. I have no doubt the PUC will be aggressive and do a 
thorough job before this expense is included in rates. 

Second, if this plant project is delayed, it'll have significant impact. PSNH is 
mandated to have the scrubbers in place by a date certain. If they miss that 
date, they will be out of compliance, they will have to shut down. 

Third, I firmly believe regulatory entities are entitled to regulatory certainty. 
The relevant provisions of RSA 125 were enacted after a process that was 
vetted by all parties of interest. I believe the State, if the State reneges on 
the regulatory compact established by that statute, it w·ould face serious 
consequences. In the near term, PSNH would likely face much higher 
financing costs. As everyone in this room knows, access to credit is a major 
problem for businesses today. We should be doing nothing to make it harder 
for one of our major corporations. In the long term, I think that rolling back 
what was done in that statute will have an adverse affect on other industries 
and certainly on regulated companies in the state. 

'--
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Fourth, if a delay results in a closing of the plant, a reliable supply ofenergy 
will be jeopardized. It is essential for utilities to have a diversified portfolio 
of generation. It helps in cost containment and it certainly helps for cost 
projections. By way of example, there's been talk here about there's cheap 
alternative power available in New England today. Well, if you look atthe 
cost of gas, which is now at" $4 a million BTU, in September alone it was $13. 
There's great volatility. These base load units bring us great certainty, they 
bring certainty for all businesses that rely on having that electricity, as well 
as for residential consumers. 

Fifth, the Merrimack Station is a base load unit. It's reliable, it's 
dispatchable. The evolving technologies that we all expect to see in the years 
ahead, such as wind and solar, are not dispatchable. You can't call them up 

-----'w'-'--h=e=n_you need them. _ _ 'l'hey- a-r@ pal~t-o£-the-'-sel-ution-, but-they- a:r-e- rro --­
replacement for base load units. 

And sixth, PSNH is a good corporate citizen. They've been a good citizen in 
Bow, they're a good citizen in this state. The current management has 
demonstrated a recognition of the need to be responsible and accountable to 
the customers in the area and to the state. I believe the company entered 
into an agreement when they reached agreement with this body and with 
other interested parties in RSA 125. And I think as a matter of public policy, 
we should encourage that type of behavior and that we should all work 
together to reach our collective needs, we should respect what they did. 

I urge you to find the bill inexpedient to legislate, to honor the commitment 
that this state made with PSNH and other stakeholders, and then to permit 
the PUC to complete the regulatory review and the prudence review that 
they will do, that they are equipped to do and that's their standard charge 
under the statutes . 

Thank you. 
Committee. 

I have cop1es of my remarks that I will leave with the 

Please see Attacl11nent #5, Harold Judd's testimony. 

Senator Martha Fuller Clark. D. 24: Thank you so very much. Any 
questions from the Committee? Mr. Lee, we have two minutes left. Can you 
speak in that time or would you prefer to speak after lunch? 

Alexander Lee: Yeah, I can speak during that time. I have my testimony, I 
can just hand that to you. 

Senator Martha Fuller Clark D. 24: Thank you. 

---+ 
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Madam Chairwoman and members of the Committee, I'm Alex Lee, I'm the 
Executive Director of Project Laundry List. And we take the position that 
it's, we have 4,000 members around the country and 400 right here in New 
Hampshire. Project Laundry List takes the position that it's always good to 
ask questions and study all options, so we support the Janeway bill. 

PSNH and the building trades unions are wondering where the boots on the 
ground, shovels in the ground jobs would be if the plant was determined by a 
study not to be the best option for New Hampshire. These are good 
questions. 

The conservation community has done this Committee and the larger 
bl1siness community has done this Committee, I think, a disservice so far by 
not providing a more comprehensive list of the "you can start tomorrow" 
projects that are out there. Most of the projects that do not have a big lead 
time are demand side management projects. There are plenty of .such 
projects, but -it's important to recognize that making the hard choices that we 
should have made years ago is not going to be a painless transition. There 
will be some jobs lost if the Bow plant closes. And there will be people who 
cannot help repower or upgrade the plant. There were will be some 
shareholders of PSNH or NU that lose money, and there will be some job 
retraining. 

It may sound heartless, but Project Laundry List has discussed this at our 
board meeting and we just don't think that's the end of the world. The end of 
the world as we know it would be hastened. So ifNew Hampshire does not 
make the hard choices about ending our dependence on fossil fuel, how many 
jobs and lives will be lost if we contribute to the flooding of Bangladesh by 
seven feet, by running our microwaves and close dryers here in New 
Hampshire? The science is almost unequivocal that we need to lower the 
parts per million of carbon dioxide equivalents to 350 if we're to avoid a 
massive refugee problem from major coastal cities and populated island 
nations. The way to do that is to switch to wind, solar and megawatts. This 
is not an intellectual argument. Boots on the ground and shovels are ready. 
They may not be union jobs, but they are good jobs, they're good jobs. 

And they're there, and you can boo . I didn't boo when you stood up, so I'd 
appreciate some respect. Thank you. 

But Project Laundry List is prepared to offer its laundry related ideas about 
theway that Ne\v Hampshire businesses and residents could save millions, 
millions of dollars on energy costs, but this may not be the right place or 
time . Project Laundry List has provided these ideas to the employees of 
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PSNH and even issued a press release that detailed some of these laundry 
ideas. Nothing happened. Last week, the Concord Prison facilities manager 
won an award from the Governor for putting in place a cold water vi ashing 
technology that's made by a New Hampshire company. Next month, I'll 
hopefully be presenting these ideas to the Mayor of Boston. The question is, 
why has PSNH done nothing to adopt these ideas? And I don't actually lay 
the blame with them. 

I wor~ed f9r the PUC in 2002 and _2003Jor the Commissioners. And part of 
the answer is that the Commission is not able to approve new creative ideas 
in a streamlined fashion. Before they can approve any new ideas, they have 
to go through a rigorous process that involves figuring out free ridership, 
peak savings, measure costs, etc., etc. and so forth, a process that I assume 
you're all familiar with, and the kinds of things that could make even the . 
most bri11iant heads spih. Unfortunately, that· is what's holding us up here 
from moving forward with the next generation of megawatts and green 
power, is that we do not have a system that allows us to approve things in a 
fluid way. And so I agree with Ted Gatsas on that. 

Project Laundry List is wary of other energy choices this Committee or 
certain parties may proffer as alternatives to continued dependence on coal. 
Specifically, we're concerned that methane is produced by flooding new 
reservoirs. Hydro Quebec electricity is not a panacea. Methane released by 
rotting vegetation over a 20 year period has about 90 times the global 
warming potential of carbon dioxide over the same 20 year period. The Bush 
era EPA said methane was 32 times worse, but that figure was for what 
happens over a 100 year period. We do not have a 100 years to solve the 
climate program. Our comments to the Governor's Climate Commission on 
this topic have been ignored. The people that I spoke with at PSNH claimed 
to not even know that this might be a problem, if Gary Long was presented 
with this information as part of the Commission. 

Tropical dams have been studied a little bit more with regard to this methane 
problem by researchers in Brazil and India, by researchers there, but the 
data is very thin. We need to understand this. Project Laundry List asks 
you not to do anything that would fast track building a high voltage wire 
highway from Quebec to New England unless you have answers to these 
concerns. Furthermore, many are beginning to wonder whether the 
devastating earthquakes in China are a result of the large dams there. 
These big issues ... 

Senator Martha Fuller Clark D. 24: Excuse me, if you could focus your 
remarks on the bill before us , it would be helpful. We appreciate your 
position. 
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Mr. Lee: Yeah, I'm sorry. I'll return to that and I didn't mean to get off. I 
think that that larger vision is really critical and you're making a decision for 
the next generation, here. And I'm not going to be intellectually dishonest 
and say that maybe the plant will have to close. · Maybe it will, maybe it 
won't. I think it should be studied and ·you don't the figures that you had 
that some environmental groups agreed to in 2006. · You don't have those 
figures. Things have changed, the science Cam Wake talked about has 
changed since 2006. The money, the economy has changed since 2006. That 
is a critical message. So, I'd be happy to take questions and I'm not a wilting 
violet, though my voice is changing. . · 

Please see Attachment #6, Alexander Lee's testimony. 

Senator Martha Fuller Clark, D. 24: Thank you, thank you so very, very 
much, and I will hand in your testimony. And are there any questions from 
the Committee? Thank you. For the others that are standing, we do need to 
break for lunch and we will return at 12:30 sharp. Thank you: 

Hearing recessed at 12:05 p.m. 

Respectfully submitted, 

arl/t!u~--e ~rc~ 
Recorded by Danielle Barker, 

Senate Secretary 
Transcribed by Catherine Mullen, 

Senate Secretary 
3/20/09 
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Welcome, from your PSNH Account Executive 
Time for customers to fight to maintain power rates and 
real customer choice! 

J. Background: 

An initiative is underway to stop the PSNH "Clean Air Project", and if successful, New 
Hampshire customers will be paying more for their energy. You can help by letting your 
legislator know where you stand. Read on for details." 

PSNH's "Clean Air Project" is the installation of a $457 million dollar wet scrubber on the Menimack Station 
coal fired power plant. The installation is required by current State law and will significantly r·educe 
emissions at the plant. 

Mcl'l'imacl< Station ser·ves about 30% ofPSNH's customer energy needs for about five (5) cents per 
kilowatt hour or up to one half ofthe volatile market price for ener·gy in New England. The Clean Air 
Project wi ll make Men·imack Station one of the cleanest coal plants in the nation, while impacting PSNH's 
energy service rate by an average of (0.33) cents per kilowatt hour, or about 3%. 

II. At Issue 

Senate bill 152 is considered by some as a way to cancel the Clean Air Project. If the project is canceled, then 
MeiTimack Station will close. 

III. Consequences of Senate Billl52 

l. lfMerTimack Station closes, power currently produced by the plant will be replaced by power 
purchased from the New England energy market. The cost of replacement power will be highe1· than 
Merrimack Station power. Further, this replacement power, could very well come from sources less 
environmentally fr·iendly than the enhanced Merrimack Station. 

2. PSNH will pi'Obably sell off all of it power plants removing the choice for customer·s to purchase 
power regulated by the New Hampshire Public Utilities Commission. 

3. Hundreds of jobs will be lost in New Hampshire including PSNH utility jobs, power plant 
maintenance contractors, construction jobs, and others. 

4. Higher electric r·ates will have a negative impact on New Hampshir·e businesses and families. 

5. The rail system used to transport coal will lose revenue- this could impact plans for expanded rail 
service in New Hampshire and New England. 

Ill. Opposition: 
An initiative is underway, by fo lks including Stonyfield Frums' Gary Hirshberg, the Siena Club, Conservation 
Law foundation, and others to either stop or delay the Clean Air Project. Project construction is underway, any 
de lays will add costs. 

IV. Why The Opposition? 

I. Cost 
Certain parties question the cost ofthe project. 

2. l'ossible future environmental costs and Car·bon Dioxide Emissions and Global War·ming 
The environmental opposition is concemed universally with Carbon Dioxide (C02) emissions from coal 
power plants and other sources, -and C02's impact on "Global Wam1ing" and "C limate Change". Further, 
opponents claim that new Federal environmental requirements may result in additional costs at Merrimack 
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Station and the project should be halted until those costs are understood. 

Points taken, but lets us look at reality. 

V. Reality 

1. Costs 
The cost of the Clean Air project will be recovered through PSNH's Energy Service charge. However, 
customers are not required to purchase energy from PSNH. Uti lity customers are encouraged to 
source third party suppler offerings to get the price best available! 

PSNH's Energy Service Rate tends to be very competitive, and provides "real choice" for customers. 
Merrimack Station is key to maintaining this advantage for New Hampshire. Also, third party suppliers 
do not seem interested in selling energy to New Hampshire families and small businesses. PSNH is the 
sole provider of energy to almost one half million residential customers, and small businesses. 

Speculation on future Federal environmental costs fot· C02 is just that- speculation. A Fedet·al 
Program will impact every fossil fuel plant in the Nation- not just Merrimack Station. Also, here 
regionally we have the Regional Green House Gas Initiative, (RGGI), so environmental "cap and trade" 
programs are nothing new. 

2. Customer Needs 

Customer-demand for power is-predictable and must be met consistently and economiCally to maintain 
our economy and way of life. We all know what life was like during the recent ice storm. 

Reality is that the electric needs of all our New Hampshire factories, businesses, ami homes require 
set·vice by base loaded, reliable, environmentallv friendly power generation. Wind, solar, biomass and 
other alternatives at·e great sources of renewable energy, but power output ft·om these sources is small, 
and can be sporadic and unpredictable. 

Plants like Mei'J'imack Station are key to providing fuel diversity of our base loaded power plants. Also, 
plants like Mel'l'imack Station serve as a key bridge until the day we as a society can design and build a 
smarter power system. 

Unfortunately it will take years even decades to transform the Nation's and New England's power system to a 
more sustainable, and environmentally "Smart" system. Until that time we need affordable reliable clean 
power so New Hampshire can compete nationally and internationally. 

Now is not the time to cause economic damage to New Hampshire businesses and families. 

Now is not the time to cancel or delay the Clean Air Project that will make Merrimac!< Station one of 
the cleanest coal plant in the United States. 

Now IS the time to contact you•· legislator, business group, and others to encourage the Clean Air 
Project to go forward. 

Now IS the time fot· substantive rational discussions on how to best tt·ansform out· power system to a 
"smart" system, that maintains out· way of life. 

If the MeiTimack Station Clean Air project is canceled, New Hampshire electric rates wi ll increase, and jobs 
will be lost- which is the last thing we need right now. And frankly, closing the MeiTimack Station will not 
make a dent in the huge and complex global warming I climate change issue. 

Respectfully submitted. 

Craig M. Trottier. 

Please Contact Your Legislators 
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ATTACHMENT 29 

1 

STATE OF NEW HAMPSHIRE 

PUBLIC UTILITIES COMMISSION 

April 4, 2012 - 10:07 a.m. 
Concord, New Hampshire 

DAY 1 
MORNING SESSION ONLY 

NHPUC APR18'12 Pt1 ~J:'lO 
RE: DE 10-261 

PRESENT: 

APPEARANCES: 

PUBLIC SERVICE COMPANY OF NEW HAMPSHIRE: 
Least Cost Integrated Resource Plan. 

Chairman Amy L. Ignatius, Presiding 
Commissioner Robert R. Scott 
Commissioner Michael D. Harrington 

Sandy Deno, Clerk 

Reptg. Public Service Co. of New Hampshire: 
Gerald M. Eaton, Esq. 
Sarah B. Knowlton, Esq. 

Reptg. TransCanada: 
Douglas L. Patch, Esq. (Orr & Reno) 

Reptg. Granite Ridge Energy: 
Howard M. Moffett, Esq. (Orr & Reno) 

Reptg. N.H. Sierra Club: 
Arthur B. Cunningham, Esq. 

Reptg. Conservation Law Foundation: 
N. Jonathan Peress, Esq. 

Court Reporter: Steven E. Patnaude, LCR No. 52 

ORIG\NAL 
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[WITNESS PANEL: Large-Smagula-Tillotson-Errichetti] 

analysis in your plan? 

(Large) I don't believe that it's accurate to say that 

we have not. "The Company has not produced a base case 

migration scenario", that is a true statement . The 

Company's filing includes a range of potential 

migration scenarios, that range from 0 percent to 

40 percent. We have factored in the possibility of 

residential customer migration. And, those numbers are 

factored into that overall computation of the 

40 percent migration scenario. 

Was migration an issue in 2010? 

(Large) Yes. 

When did it first become an issue for PSNH? 

(Large) It's been an issue in a variety of different 

ways since, I would say, approximately 2008. Maybe Mr. 

Errichetti would have a different view. 

(Errichetti) Late 2008. 

Pardon? 

(Errichetti) Late 2008. 

Okay. I'm going to show you a copy of a few pages from 

the Northeast Utilities Form 10-K for the fiscal year 

ended December 31st, 2010. 

MR. PATCH: And, I'd like to ask that 

24 this be marked as an exhibit. 

{DE 10-261} [Morning Session Only] {04-04-12/Day 1} 
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THE STATE OF NEW HAMPSHIRE 

BEFORE THE NEW HAMPSHIRE PUBLIC UTILITIES COMMISSION 

PREPARED TESTIMONY OF ROBERT A. BAUMANN 

INVESTIGATION INTO CUSTOMER MIGRATION AND POWER PROCUREMENT 

Docket No. DE 10-160 

Please state your name, business address and position. 

My name is Robert A. Baumann. My business address is 107 Selden Street, Berlin, 

Connecticot~l am~EJirector;-Revenoe~Regolation-&-toad Resoorces-for Northeast-----------+ 

Utilities Service Company (NUSCO). NUSCO provides centralized services to the 

Northeast Utilities (NU) operating subsidiaries, including Public Service Company of 

New Hampshire (PSNH), The Connecticut Light and Power Company, Yankee Gas 

Services Company and Western Massachusetts Electric Company. 

Have you previously testified before the Commission? 

Yes. I have testified on numerous occasions before the Commission. 

What is the purpose of your testimony? 

The purpose of this testimony is to address a fairness question for PSNH's customers 

resulting from recent rising Energy Service (ES) rates associated with increased levels 

of customer migration to third party supply. This testimony will describe this ES 

migration issue ("ES issue") and present some possible solution alternatives as to how 

the Commission may deal with this ES issue in future ES rate proceedings. 
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Docket No. DE 10-160 

July 30, 2010 
Page 2 of 10 

What are you asking the Commission to address in this testimony? 

There are two general issues that we will address in this testimony that PSNH believes 

should be the focus of this ES issue. 

What are the two general issues noted above? 

The first issue for the Commission to address is to make a formal determination that due 

to increased migration, remaining customers (primarily smaller customers) taking service 

under tf\Ef ES rate are oemg unfairly charged for certainES costs.-While migrationis 

happening, customers who have switched from the ES rate to third party supply 

(primarily larger customers) pay nothing towards these costs until they choose to switch 

back to service under the ES rate. This is fundamentally unfair as it creates benefits to 

those customers who have migrated at the expense of customers who have not. 

The second issue only arises if the Commission formally determines that due to 

increased migration, remaining customers under the ES rate are being unfairly charged 

for certain ES costs. If this is the case then the Commission would need to explore 

potential cost recovery options to alleviate these inequities in the ES rate. In this 

proceeding PSNH will offer some potential solution alternatives, but we believe it is the 

obligation of all interested parties to work towards reasonable solutions to this imbalance 

in recent ES cost recovery. The docket schedule offers ample opportunities to submit 

ideas on the topic and PSNH looks forward to comments and ideas from all interested 

parties . 

I --. 
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Fairness Issue 

Testimony of Robert A . Baumann 
Docket No. DE 10-160 

July 30, 2010 
Page 3 of 10 

Please elaborate on the first issue related to the general issue of fairness where 

smaller customers being unfairly charged for certain ES costs. 

To address this ES issue we need to discuss what has transpired in the past. In prior 

years when there was little to no customer migration, the role of the ES rate was to 

charge all customers an ES rate that was stable and reasonably priced . These historic 

ES rates offered economic stability to all customers and were supported by PSNH's 

generation facilities . Over the years these facilities have produced millions of dollars of 

benefits to customers as well as providing a stable base of generation supply that the 

customers could rely on . It was, and still is, PSNH's obligation and commitment to all of 

its customers to meet its Supplier of Last Resort obligation at all times for every hour of 

every day, with reliable and cost effective supply. To that end, PSNH maintains a 

portfolio of power sources to meet current and future load obligations. These significant 

power sources are PSNH's own generation and unit entitlements, IPP generation from 

contracts and rate orders, contracted blocks of fixed purchase power sources, and 

anticipated market power purchases, mostly through the daily ISO-NE interchange 

process. Over the past, PSNH has planned and/or procured ahead of time a large 

portion of the load obligation with its own generation, purchased power and IPP supplies 

to minimize future market exposure risk from unsecured load obligations. 

Moving to the present, PSNH's ES load obligation over the past 24 months has declined 

significantly, due primarily to the migration of some customers (mostly larger customers) 

to third party supply, leaving the remaining customers (mostly residential and small 



1 

2 

3 

4 

5 

6 

7 

8 

9 Q. 

10 

11 A. 

12 

13 

14 

15 

16 

17 

18 

19 

20 Q. 

21 

22 A. 

23 

24 

25 

Testimony of Robert A. Baumann 
Docket No. DE 10-160 

July 30, 2010 
Page 4 of 10 

commercial) with a higher ES rate. Mathematically, as PSNH's ES load drops, the 

denominator in the ES rate calculation drops (sales in kWh), thus increasing the ES rate. 

As a partial offset, the numerator of the ES rate calculation (costs) drops due to the 

lower power supply requirements including avoidance of variable fuel costs, capacity 

purchases, etc., but not in the same proportion as the decline in the denominator. The 

result is that certain costs remain in both the pre and post migration ES calculations, 

thus resulting in upward pressure on the ES rates for the remaining customers. 

Please expand on the types of remaining costs that are referred to in the last 

answer. 

There are certain costs that are incurred in direct support of PSNH's generation or 

obligated purchased power arrangements that remain fixed regardless of the level of the 

ES load obligation. The generation costs that are readily identifiable would be 

depreciation and property tax expenses as well as the debt service component of the 

capital structure which supports PSNH's generation. Purchased power arrangements 

that were entered into to minimize future market exposure risk would also have to be 

honored, and therefore could also be classified as fixed in nature. Arguably, the fixed 

portion of such purchased power arrangements could be the above market portion only. 

How would any identified fixed costs be handled in the context of this ES issue 

that PSNH has put forth in this testimony? 

PSNH believes that at the heart of this ES issue is the fairness associated with what 

customers pay for these fixed costs. We believe that fixed costs that have been incurred 

for ill! customers should be supported by ill! customers in their rates. Therefore any 

identified fixed costs should not be bypassable which they now are in the current rate 



Public Service Company of New Hampshire 
Docket No. DE 11-250 

Date Request Received: 09/16/2013 
Request No. DEPOSITION-006 
Request from: TransCanada 

Witness: Gary A. Long 

Request: 

ATTACHMENT 30 

Date of Response: 11/14/2013 
Page 1 of 14 

Requests for reports to Gary Long on fuel markets, and/or fuel markets and their effect on generation 
on Merrimack Station, beginning in the summer of 2008 through the fall of 2008. 

Response: 
The following responsive documents from the specified time period were located. 



History: 

[pis review] draft request for Gary Long purchase approval 
Richard C. Labrecque < SUPL ENRGY SRCS > < 

From: 634-2931 > 

To: 
James R. Shuckerow Jr., David A. Errichetti, Patrick P. 
Smith 

This message has been replied to. 

Docket No. DE 11-250 
Record Request DEPOSITION 

Dated 09/16/2013 
Q-DEPOSITION-006, Page 2 of 14 

07/31/2008 04:24PM 

Tim & Dave - I would like to send this email to Gary asap. Please let me know if you have any concerns or 
comments. Pat is on-board. 

Gary- at a 2009 power supply planning meeting (Apr 1st) you and Terry expressed an interest in buying 
a portion of our 2010 & 2011 supplemental power needs prior to the initial RGGI auction. Pat and I have 
spoken and both feel this is a good time to buy. 

Our departmental policy requires your written authorization. We request approval to purchase 50 MWs 
per hom-ef On-Peak-pewer for-2010-0a total of 206-GWH). Current-market-price--is-approx:-$-100/MWH'--. --------+ 
Total purchase expense is approx. $21M. 

The attached chart details the recent history of the market for 2009, 2010 and 2010 on-peak power. For 
2010, the price traded in the $85- $95 range for most of June 2007 thru March 2008. The market peaked at 
$113 on July 14th and has since decreased to about $100. At least one investment bank (Goldman) has 
stated a belief that the natural gas market is over-sold and that certain risk factors point to a potential 
price increase in the coming months. 

The table below is an estimate of supply resources in 2010. The requested purchase of 206 GWH would 
represent 2.3% of the total energy requirement. 
As shown below, we anticipate a supplemental purchase need of 2928 GWH. However, over 600 GWH 
relates to replacement power during unplanned baseload unit outages (which we do not seek to hedge 
with forward purchases). Therefore, the 206 GWH represents approx. 9% of our anticipated forward 
power purchases for 2010. 

Let us know if you have questions or would like to discuss this. 

fiJ 
2009 201 0 2011 chart. xis 
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GWH 
Energy Requirement 8867 

Owned Assets & IPPs 
Hydro 335 4% 
Coal (MK & SR) 3733 42% 
NWPP 314 4% 
Newington 0 0% 
IPP 469 5% 

4851 I 55% 

Existing Contracts v'TY .. 168 2% 
HQ Call Options 490 6% 
BioEnergy Buyout 76 1% 
Lempster 63 1% 
~inetceA ?!=11 ~% 

1088 l 12% 

Su~~lemental Purchases 
Mkt Purchases (On-Peak) 1948 22% 
Mkt Purchases (Off-Peak) 980 11% 

2928 I 33% 



Forward Price of On-Peak Power- 2009, 2010 & 2011 
Jun 1, 2007 - Jul 30, 2008 
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$140.00 ~------------------------~---------------------------------------------------------. 

$130.00 

$120.00 

$110.00 

$100.00 

$90.00 



date cal09 
06/01/2007 94.1 
06/04/2007 94.85 
06/05/2007 94.6 
06/06/2007 94.5 
06/07/2007 92.85 
06/08/2007 92.55 
06/11/2007 91 .85 
06/12/2007 92.1 
06/13/2007 92.5 
06/14/2007 93.8 
06/15/2007 94.4 
06/18/2007 94 
06/19/2007 93 
06/20/2007 92.05 
06/21/2007 91.6 
06/22/2007 90.85 
06/25/2007 89 
06/26/2007 88 
06/27/2007 87.75 
06/28/2007 86.9 
06/29/2007 87.25 
07/02/2007 86.8 
07/03/2007 86.75 
07/05/2007 86.4 
07/06/2007 86.35 
07/09/2007 86.15 
07/10/2007 86.75 
07/11/2007 87.05 
07/12/2007 86.4 
07/13/2007 87.6 
07/16/2007 86.75 
07/17/2007 86.5 
07/18/2007 87.8 
07/19/2007 89.6 
07/20/2007 88.95 
07/23/2007 87.3 
07/24/2007 86.6 
07/25/2007 87.3 
07/26/2007 88 
07/27/2007 88.95 
07/30/2007 90.4 
07/31/2007 89.9 
08/01/2007 90.7 
08/02/2007 90.25 
08/03/2007 89.8 
08/06/2007 89.3 
08/07/2007 90.15 
08/08/2007 90.35 

cal10 
89 

89.75 
89.5 

89.25 
89.2 
89.1 

89.05 
89.3 

89.05 
90.55 
91.25 
91 .25 

91 
90.95 

90.7 
90.45 

89.7 
90.55 

90.3 
89.8 

89.85 
88.85 
88.85 
87.85 
86.85 

86.3 
85.5 

85.55 
84.5 
85.5 

85 
84.95 

85.7 
87.2 

86.95 
85 

84.5 
85 

85.25 
86.25 
87.25 

87 
87.5 

86.75 
86.75 

87 
87 

87.5 

cal11 
88.25 
89.00 
88.50 
88.45 
88.40 
88.30 
88.25 
88:50 
88.25 
89.50 
91 .00 
90.75 
90.70 
90.65 
90.65 
90.65 
90.40 
90.45 
89.70 
89.20 
88.45 
88.25 
88.25 
87.25 
85.75 
85.55 
85.00 
85.05 
84.30 
85.30 
85.05 
85.00 
85.50 
87.00 
86.75 
84.75 
83.75 
84.25 
84.50 
85.00 
83.50 
83.50 
84.25 
83.75 
83.25 
83.50 
83.75 
84.00 

Docket No. DE 11-250 
Record Request DEPOSITION 

Dated 09/16/2013 
Q-DEPOSITION-006, Page 5 of 14 
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08/09/2007 91 87.75 84.75 
08/10/2007 91.25 87.75 84.75 
08/13/2007 91.7 88 85.00 
08/14/2007 91.4 88 85.00 
08/15/2007 91.25 87.75 84.75 
08/16/2007 90.75 87.25 84.25 
08/17/2007 90.75 87.25 84.25 
08/20/2007 88.95 85.5 83.00 
08/21/2007 87.65 84.5 81 .50 
08/22/2007 86.7 83.5 80.50 
08/23/2007 86.55 83.5 80.50 
08/24/2007 86.05 83 80.25 
08/27/2007 84.85 82.25 79.75 
08/28/2007 85.25 82.5 80.00 
08/29/2007 84.9 82 79.75 
08/30/2007 85.65 82.5 80.00 
08/31/2007 85.95 82.5 80.00 
o-97o47zon7--8·5~9--8z.7s--8~5o 

09/05/2007 86.6 83 81.50 
09/06/2007 86.3 82.75 81.50 
09/07/2007 86.95 83.5 81 .50 
09/10/2007 87.35 84 81 .75 
09/11/2007 86.9 84.25 82.50 
09/12/2007 88 85.5 83.50 
09/13/2007 87.6 85 83.25 
09/14/2007 89 86 84.00 
09/17/2007 89.9 86.25 84.25 
09/18/2007 89.35 85.75 83.50 
09/19/2007 88.7 85.2 83.00 
09/20/2007 88.2 85.5 83.25 
09/21/2007 89.1 86.5 84.25 
09/24/2007 89.6 87 84.50 
09/25/2007 88.7 86.5 84.00 
09/26/2007 88.65 86 84.00 
09/27/2007 87.75 86 84.25 
09/28/2007 88 86.5 84.75 
10/01/2007 88.35 86.8 85.00 
10/02/2007 88.9 87 85.25 
10/03/2007 88.45 86.5 84.50 
10/04/2007 88.95 87 84.75 
10/05/2007 88.45 86.5 84.50 
10/08/2007 88 86.25 84.00 
10/09/2007 87.25 85.7 83.50 
10/10/2007 87.75 85.95 83.75 
10/11/2007 88.05 85.5 83.00 

' 
' 

10/12/2007 87.45 86 83.00 
10/15/2007 88.55 87 84.00 
10/16/2007 89 87.25 84.75 
10/17/2007 90 88 85.25 
10/18/2007 90.25 88.25 85.75 
10/19/2007 88.75 87.75 85.25 
10/22/2007 88 87 84.75 
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10/23/2007 87.65 86.5 84.00 
10/24/2007 89.05 87.5 85.00 
10/25/2007 89.5 87.75 85.50 
10/26/2007 89.75 88 85.75 
10/29/2007 90.5 88.25 86.00 
10/30/2007 91.45 89 86.50 
10/31/2007 91 .6 89.5 87.00 
11/01/2007 91.85 90 87.25 
11/02/2007 91 .1 89 86.75 
11/05/2007 90.2 88 85.75 
11/06/2007 89.65 87.5 85.00 
11/07/2007 89 87 84.25 
11/08/2007 88.65 86.75 84.00 
11/09/2007 89.5 87.55 84.75 
11/12/2007 89.5 88 85.00 
11/13/2007 89.25 87.8 84.50 
11/14/2007 89.25 87.25 84.00 
11/15/2007 88.7 86.75 83.75 
11/16/2007 89.6 87.5 84.50 
11/19/2007 89 87 84.50 
11/20/2007 88,1 86.5 84.00 
11/21/2007 88.4 86.75 84.00 
11/23/2007 89.1 87.05 84.00 
11/26/2007 90.3 87.55 84.25 
11/27/2007 89.35 87 83.50 
11/28/2007 88.9 86.45 83.00 
11/29/2007 87.25 86 85.00 
11/30/2007 86.4 85.5 84.50 
12/03/2007 87 86 85.00 
12/04/2007 87.25 87 85.50 
12/05/2007 87.4 87.25 86.00 
12/06/2007 88.25 88 87.00 
12/07/2007 88 87.75 87.00 
12/10/2007 88.6 88.25 87.50 
12/11/2007 89.35 89 88.00 
12/12/2007 92.25 91 89.00 
12/13/2007 91 .75 91 89.00 
12/14/2007 89.7 89.25 88.50 
12/17/2007 89.6 89 89.15 
12/18/2007 90.1 89.55 89.50 
12/19/2007 89.4 89.5 89.50 
12/20/2007 88.9 89 89.25 
12/21/2007 88.6 89 89.00 
12/24/2007 88.5 88.5 89.00 
12/26/2007 88.15 88 88.75 
12/27/2007 88 87.75 88.50 
12/28/2007 88.9 88 88.75 
12/31/2007 90.2 90 89.50 
01/02/2008 91 .5 90.55 91.25 
01/03/2008 90.25 90 89.50 
01/04/2008 90 89.75 89.50 
01/07/2008 90.85 90.15 90.00 
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01/08/2008 91.7 90.6 89.00 
01/09/2008 92.45 91 .05 89.50 
01/10/2008 92.85 90.45 89.25 
01/11/2008 93.35 89.95 89.00 
01/14/2008 93.9 90.55 89.25 
01/15/2008 93.25 89.6 88.75 
01/16/2008 92.75 89.35 88.50 
01/17/2008 91 .9 88.75 87.50 
01/18/2008 91 .65 88.45 87.50 
01/22/2008 89.3 86.7 86.00 
01/23/2008 88.7 86.25 85.50 
01/24/2008 89.6 86.65 86.00 
01/25/2008 90.4 87.25 86.25 
01/28/2008 90.65 87.5 86.75 
01/29/2008 90.5 88 85.00 
01/30/2008 90.9 88.45 85.25 
01/31/2008 91.35 88.9 85.25 
02/01/2008 89.9 88.55 85.25 
02/04/2008 91.15 88.75 85.75 
02/05/2008 91.2 88.9 86.00 
02/06/2008 91 .75 89 86.25 
02/07/2008 92.4 89.3 86.50 
02/08/2008 92.7 89.55 87.00 
02/11/2008 94.3 90.1 87.50 
02/12/2008 93.95 89.95 87.25 
02/13/2008 92.8 89.1 88.00 
02/14/2008 94.15 90.15 88.50 
02/15/2008 93.25 89.7 88.00 
02/19/2008 94.25 90.25 88.50 
02/20/2008 94.05 90 88.00 
02/21/2008 93.75 89.75 87.75 
02/22/2008 94.5 90 88.00 
02/25/2008 94.2 89.2 87.75 
02/26/2008 95.1 90.2 88.00 
02/27/2008 95.55 91 .2 88.50 
02/28/2008 97.3 92.45 .91.00 
02/29/2008 96.45 92.2 90.75 
03/03/2008 97.55 92.55 91.00 
03/04/2008 96.65 92.9 92.00 
03/05/2008 98.05 94.05 92.75 
03/06/2008 98.5 93.8 93.50 
03/07/2008 98.35 94.05 93.00 
03/10/2008 98.8 93.55 92.75 
03/11/2008 98.5 93.3 92.25 
03/12/2008 98.95 93.05 92.50 
03/13/2008 100.25 94.55 93.00 
03/14/2008 99.4 94.25 92.50 
•03/17/2008 96.35 92.25 91.00 
03/18/2008 95.35 92 .75 91.00 
03/19/2008 93.55 89.25 90.00 
03/20/2008 92.25 88.25 89.00 
03/24/2008 93.75 89.25 89.25 
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03/25/2008 95 89.75 89.00 
03/26/2008 95.55 90.25 89.25 
03/27/2008 96.3 90.75 89.50 
03/28/2008 97.25 91.25 90.00 
03/31/2008 99.05 92.25 91.00 
04/01/2008 97.95 92 89.50 
04/02/2008 98.45 91 89.00 
04/03/2008 96.25 89.5 87.00 
04/04/2008 95.1 88.5 86.50 
04/07/2008 96.65 90 87.00 
04/08/2008 96.2 89.5 86.50 
04/09/2008 97.65 90.75 87.25 
04/10/2008 98.85 91 .25 87.25 
04/11/2008 97.95 90.5 87.00 
04/14/2008 97.15 91 87.00 
04/15/2008 99 92 87.50 
04/16/2008 100.9 93.5 88.00 
04/17/2008 101.5 94 88.25 
04/18/2008 102.8 95 90.00 
04/21/2008 106.3 98 91 .00 
04/22/2008 107.35 98.5 91 .00 
04/23/2008 108.4 99 93.25 
04/24/2008 108.05 98.75 93.00 
04/25/2008 109 99.25 93.25 
04/28/2008 110 100.25 94.00 
04/29/2008 107.5 98.75 93.50 
04/30/2008 107 98.5 93.25 
05/01/2008 105.35 97.5 93.00 
05/02/2008 106.35 100 95.00 
05/05/2008 112 102.5 97.00 
05/06/2008 111 .55 102.5 97.00 
05/07/2008 113.15 103.5 97.50 
05/08/2008 113.35 103.5 97.50 
05/09/2008 114.45 104.5 98.00 
05/12/2008 113.25 103.8 97.75 
05/13/2008 114.25 104.3 98.25 
05/14/2008 115.25 104.8 98.00 
05/15/2008 114.25 104.55 97.75 
05/16/2008 114 105.05 98.25 
05/19/2008 113.8 104.55 98.25 
05/20/2008 116.3 108.35 101 .00 
05/21/2008 118.4 110.85 102.25 
05/22/2008 120.1 112.15 103.50 
05/23/2008 120.2 111 .65 .103.25 
05/27/2008 119.45 110.15 103.00 
05/28/2008 120 110.4 103.00 
05/29/2008 116.55 109.4 103.00 
05/30/2008 117.85 110.4 103.50 
06/02/2008 119.75 110.9 104.00 
06/03/2008 120.9 109.9 104.50 
06/04/2008 120.35 108.4 104.00 
06/05/2008 119.5 107.15 103.25 
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06/06/2008 120.55 107.9 104.25 
06/09/2008 118.8 106.9 103.50 
06/10/2008 117.55 105.9 103.00 
06/11/2008 118.75 107.65 103.25 
06/12/2008 121.35 109.65 104.00 
06/13/2008 120.4 109.15 104.00 
06/16/2008 124.65 111.15 105.00 
06/17/2008 124.45 111.4 107.50 
06/18/2008 126.6 112.4 108.25 
06/19/2008 126 111.9 107.50 
06/20/2008 127.05 111.4 107.75 
06/23/2008 127.8 111 .9 109.00 
06/24/2008 127.25 111 .65 109.25 
06/25/2008 126.05 110.65 108.75 
06/26/2008 127.65 111 .65 109 
06/27/2008 127.9 111 .65 109.5 
06/30/2008 129.15 112.65 110 
07/01/2008 130.55 113.4 111 
07/02/2008 129.85 113 111 
07/03/2008 130.6 113.25 111 .25 
07/07/2008 128.3 111.25 110 
07/08/2008 123.65 111.75 109 
07/09/2008 121.4 111.35 108.5 
07/10/2008 123.1 112.6 109.25 
07/11/2008 122.25 112.1 108.5 
07/14/2008 123.8 113.85 108 
07/15/2008 121 .55 112.8 
07/16/2008 120 111 .9 
07/17/2008 112.95 108.55 
07/18/2008 112.5 108.55 
07/21/2008 111.85 106.6 
07/22/2008 109.55 104.15 
07/23/2008 106.1 102.5 
07/24/2008 103.95 100.95 
07/25/2008 103.15 100.7 
07/28/2008 103.73 100.8 
07/29/2008 104 99 
07/30/2008 104.13 99.75 
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News Release 
Contact: 

Release: 

Martin Murray, Senior Corporate News Representative 
(603) 634-2228, murrame@psnh.com 
08-0901 

For Immediate Release: 

PSNH Files Update on Clean Air Project 

'Scrubber' Technology will Reduce Mercury and Sulfur- Maintain Source of Low-Cost Energy 

Manchester, NH. September 2, 2008*****Public Service ofNew Hampshire (PSNH) today provided to 

the ew amps ireJ>Ublicmi1itiesCommission (NBPtJC) an upaate on-HreCI-e-arkirProj-e-cr--the·----------1 

installation of a significant mercury and sulfur emissions reduction system (known as "scrubber" 

technology) at Merrimack Station, the company's coal-fired power plant located in Bow. 

"This filing demonstrates that following the installation of the scrubber, Merrimack Station will continue 

to be a vital base-load source for reliable and affordable power for our customers, and will have the added 

benefit of being among the cleanest coal-burning plants in the nation," said Gary Long, PSNH president 

and chief operating officer, in a cover letter which accompanied the information filed with the NHPUC. 

The installation of the scrubber technology is required to comply with a new state law (RSA 125-0:11) 

passed in 2006, that requires PSNH capture, at a minimum, 80 percent of the mercury entering its coal­

fired power boilers by July 1, 2013. Additionally, the scrubber will remove more than 30 thousand tons 

of sulfur dioxide emissions annually from Merrimack Station. The "Scrubber Law" is a key component 

ofNew Hampshire's first-in-the-nation four-pollutant Clean Power Act, which was passed in 2002 and 

governs emissions of nitrogen oxide, sulfur dioxide, mercury and carbon dioxide. 

In order to expedite the process, PSNH filed the requested information in advance of the NHPUC's 

September 12 deadline. "It is critical that the project move forward now, in order to keep project costs 

down on behalf of our customers and to achieve the Legislature's requirement to reduce mercury 

emissions and improve air quality as soon as possible," said Long. "The Legislature and the NH 

Department of Environmental Services have found that the scrubber is the right technology and that its 

installation is in the public interest. It is vital that the project go forward without delay." 

In its NHPUC filing, the company provided a project status report, response to specific economic 

inquiries regarding project costs and their impact on customers, and addressed a legal question regarding 

the NHPUC's authority relative to the project. Highlights of the information given to the NHPUC are 

provided below. 

-more-
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Jobs and Timeline- In addition to the environmental and economic benefits, the scrubber project will 

peak at more than 300 jobs during an approximately four-year construction period, and will complement 

PSNH's 100 permanent employees at Merrimack Station. Because the Clean Air Project is a vast and 

complex engineering and craft labor challenge, PSNH has reached a written agreement with the building 

trades leadership to only use union labor on this project to ensure the availability of highly productive and 

skilled craft workers and to prioritize safety, above all, on the job. 

Project Cost and Customer Impact- PSNH's current Energy Charge of9.57 cents per kilowatt hour 

(kWh) is the lowest of any utility in New England. The Clean Air Project cost of$457 million will add 

an average of 0.31 cents/kWh (three tenths of one cent) to that charge. The PSNH Energy Charge is set 

by the NHPUC, based on the actual cost ofPSNH producing or purchasing the energy it needs to meet 

customer demand. Other utilities base their respective energy charges on the 'market price' because th_ey.,_ _ _ _ 

do not own their own power generation facilities. 

"The cost of coal is economic and relatively stable, compared to oil and natural gas, the commodities 

which set the New England market price," noted Long. "The Clean Air Project will ensure that we 

maintain a reliable and economic source of energy at Merrimack Station, which will continue to provide 

fuel diversity for New England." 

The project budget has been based on a schedule aimed at beginning operations one year earlier than 

required, by mid-2012. Current work includes: detailed engineering, under the direction of the project 

program manager, Washington Division, URS Corp.; preliminary site preparation; and permitting. Major 

construction is scheduled to begin in 2009. 

Legislative Mandate and NHPUC Authority- The NH Legislature in 2006 mandated the scrubber 

project, finding that "The installation of such technology is in the public interest of the citizens of New 

Hampshire ... " and that it " ... represent( s) a careful, thoughtful balancing of cost, benefits, and 

technological feasibility ... " (RSA 125-0:11). 

PSNH included a Memorandum of Law in its filing, at the request of the NHPUC, as the commission 

considers what authority it has relative to the project. The company provided a detailed breakdown ofthe 

law's intent and requirements and concluded that the commission's authority regarding the project is 

limited to determining the recovery of prudent costs once the project is completed. 

#### 

PSNH is New Hampshire's largest electric utility, serving more than 490,000 homes and businesses. 
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PSNH Expects Its Energy Rate to Remain Lower Than the 

New England Average Even After the Clean Ai~ Project is Completed 
I 

9/2/08 
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Coal has Proven to be Among the Most Stable 
and Cost Efficient of All Fiuels 

9/2/08 

---________________ __,. 


	Exhibit 18 Hachey.pdf
	DOCchp18PT1_20141119085047
	DOCchp18PT2_20141119085633

	Exhibit 17 Hachey.pdf
	11-250 Exh 17 PT 1
	11-250 Exh 17 PT 2
	11-250 Exh 17 PT 3

	Exhibit 19 Hachey.pdf
	11-250 Exh 19 Pt 1
	11-250 Exh 19 pt 2
	11-250 Exh 19 pt 3




